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NOTICE OF FILING 

Notice is given to all parties that the following materials have been filed into the 

record of this proceeding: 

- 
conducted April 30 - May 2, 2012 in this proceeding; 

The digital video recordings of the evidentiary hearing 

- Certifications of the accuracy and correctness of the 
digital video recordings; 

- All exhibits introduced at the evidentiary hearing 
conducted April 30 - May 2, 2012 in this proceeding; 

- The written logs listing, inter alia, the date and time of 
where each witness’ testimony begins and ends on the 
digital video recordings of the evidentiary hearing conducted 
April 30 - May 2, 2012. 

A copy of this Notice, the certifications of the digital video records, exhibit lists, 

and hearing logs have been served by first class mail upon all persons listed at the end 

of this Notice. Parties desiring electronic copies of the digital video recordings of the 

hearing in Windows Media format may download copies at: 



http://psc.kV.gov/av broadcast/2011-00401/2011-00401 30Aprl2 Inter.asx 

- http://psc.kv.gov/av broadcast/2011-00401/~Q201,,00401 01 Mgyl2 Inter.asx 

http://psc. kLqov/av broadcast/2011-00401/2011-00401 02Mavl2 Inter.asx 

Parties wishing annotated digital video recordings may submit a written request by 

electronic mail to pscfilings@kv.qov. A minimal fee will be assessed for copies of these 

recordings. 

The exhibits introduced at the evidentiary hearing may be downloaded at 

http://psc. k~.gov/pscscf/2011 Yg20cases/20 1 1-0040 1 /. 

Done at Frankfort, Kentucky, this 16th day of May 2012. 

&-g- Director, ulkner Filings Division 

Public Service Commission of Kentucky 

http://psc.kV.gov/av
http://psc.kv.gov/av
http://psc
http://psc
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COMMONWEALTH OF KENTUCKY 

BEFORE THE PUBLIC SERVICE COMMISSION 

In the Matter of: 

APPLICATION OF KENTUCKY POWER COMPANY 
FOR APPROVAL OF ITS 2011 ENVIRONMENTAL 
COMPLIANCE PLAN, FOR APPROVAL OF ITS 
AMENDED ENVIRONMENTAL COST RECOVERY 
SURCHARGE TARIFF, AND FOR THE GRANT OF 
A CERTIFICATE OF PUBLIC CONVENIENCE AND 
NECESSITY FOR THE CONSTRUCTION AND 
ACQUISITION OF RELATED FACILITIES 

SE NO. 201 1-00401 

C E RTI F I CATE 

I, Kathy Gillum, hereby certify that: 

I .  The attached DVD contains a digital recording of the hearing conducted in the 

above-styled proceeding on April 30, 201 2; (excluding any confidential segments, which were 

recorded on a separate DVD and will be maintained in the non-public records of the 

Commission, along with the Confidential Exhibits and Hearing Log). The hearing was recorded 

on 3 consecutive days, April 30, 2012, May 1, 2012 and May 2, 2012 separately. (Confidential 

portions were also recorded separately) 

2. 

3. 

I am responsible for the preparation of the digital recording; 

The digital recording accurately and correctly depicts the hearing of April 30, 

201 2 (excluding any confidential segments); 

4. The “Exhibit List” attached to this Certificate correctly lists all exhibits introduced 

at the hearing of April 30, 2012 (excluding any confidential exhibits). 

5. The “Hearing Log” attached to this Certificate accurately and correctly states the 

events that occurred at the hearing of April 30, 2012 (excluding any confidential segments) and 

/‘ 
the time at which each occurred. 

Y k  
Given this day of May, 2012. 

Kathy Gillum, Mtary Public 
State at Lbrge ’ 
MY commission expires: Ze~?l- 3, c q ~ / 3  



ase History Log 
Case Number: 2011-00401-30Apr12 

Case Title: Kentucky Power Company (Environmental Surcharge) 
Case Type: Other 
Department: 
Plaintiff: 
Prosecution: 
Defendant : 
Defense: 

Date: 4/30/2012 
Location : Defau I t Location 
Judge: David Armstrong, Jim Gardner 
Clerk: Kathy Gillum 
Bailiff: 

Event Time Log Event 
10:05:59 AM Case Started 
10:06:03 AM Preliminary Remarks 
10:07:29 AM Introductions 

Note: Kathy Gillum Mark Overstreet, Ken Gish, Hector Garcia for KY Power; Mike Kurt! 
for KIUC; Dennis Howard, Jennifer Hans, and Lawrence Cook for 
the Attorney General; Kristin Henry, Joe Childers, and Shannon 
Fisk, for SC; Faith Burns and Quang Nguyen for the Commission. 
Public notice has been given, no outstanding motions. 

10:09:50 AM 

10:10:29 AM 

10:10:45 AM 

1.0: 11: 13 AM 

10:11:38 AM 

10:11:54 AM 
10:12:22 AM 

10:12:34 AM 

10:13:18 AM 

10:13:35 AM 

Joe Childers (SC) 
Note: Kathy Gillum 

Mark Overstreet 

Quang Nguyen (PSC) 
Note: Kathy Giilum 

Note: Kathy Gillum 

Chairman Armstrong 
Note: Kathy Gillum 

Mark Overstreet (Ky Power) 
Chairman Armstrong 
Mark Overstreet (Ky Power) 

Note: Kathy Gillum 

Kristin Henry (SC) 
Note: Kathy Gillum 

Chairman Armstrong 
Note: Kathy Gillum 

Public Comments 
Note: Kathy Gillum 

Mr. Childers states that it was his understanding that the 
witnesses will be called out of order. He objects to it. 

Objection is Moot. 

PSC outlines that KY Power will call all of the witnesses in one 
batch. 

Chairman states that the non-confidential testimony would be 
heard first, then the confidential testimony. 

Mr. Overstreet states that the confidential segment is limited 
unless the Intervenors have questions regarding confidential 
materials. . 

Ms. Henry objects to confidential segment being at the end 
instead of following the witness. 

Chairman states that the confidential segment will be at the end of 
testimonies. 

No members of the public present for comment. 
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10: 14:08 AM 

10:14:35 AM 

1.0:15:19 AM 

10:15:45 AM 

10:16:04 AM 

10:27:42 AM 

10:28:48 AM 

10:41:00 AM 

10:41:30 AM 

10:41:57 AM 

10:43:05 AM 

10:46:50 AM 

10:47:52 AM 

10:48:25 AM 

Chairman Armstrong 

Witness, Ranie Wohnhas (Ky Power) 

Examination by Mark Overstreet (Ky Power) 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillum 

Chairman states that the official record is the video. 

Witness called to testify by Mark Overstreet. 

Qualification of witness by Mark Overstreet. Witness adopts pre- 
filed testimony and responses to Data Requests. 

Mr. Howard states that the Intervenors may question witnesses 
out of order. 

Questions regarding pages 8 thru 10 of direct testimony. 

Document titled Notice of Filing of Suppjemental Response to 
Identified Data Requests filed by Kentucky Power on March 9, 
2012 (AG-1-26) introduced by Dennis Howard and marked as OAG 
Exhibit 1. 

Questions regarding OAG Exhibit 1, page 2. Questions regarding 
credit (financial) metrics. Questions regarding the public hearings 
conducted prior to the hearing. 

Mr. Overstreet objects that counsel is asking far hearsay since the 
public hearings were not under oath. 

Chairman Armstrong states that since the witness attending all 4 
public hearings, he would let him answer the question. 

Examination by Dennis Howard (OAG) 

Exhibit OAG 1 
Note: Kathy Gillum 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillum 

Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Chairman Armstrong 
Note: Kathy Gillum 

Ranie Wohnhas (Ky Power) 
Note: Kathy GilllJm 

Dennis Howard (OAG) 
Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillum 

Exhibit OAG 2 
Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillum 

11:lO:l.l AM Dennis Howard (OAG) 
Note: Kathy GihJm 

Witness summarizes what he heard from the public at the public 
hearings. 

Questions regarding witness' awareness of past increases of Ky 
Power. Questions regarding Notice to Customers. Mr. Howard 
asked if an Amended Notice went out to ratepayers. 

Mr. Howard requests to admit OAG Exhibit 1 into the recard. 

Document titled, Notice of Filing of Supplemental Response to 
Identified Data Request filed Feb. 22, 2012 by Ky Power 
introduced by Dennis Howard OAG and marked as OAG Exhibit 2. 

Questions regarding page 2 of OAG Exhibit 2. Questrons 
regarding response to PSC 1-20. Mr. Howard states that he is 
trying to get what the cast to the ratepayer would be. Questions 
regarding Mr. Kollen's testimony as to a future rate case. Witness 
asked for an opinion as to a base rate case. Witness stated "no, 
that's why we're doing the ECR. Questions regarding page 9 of 
Mr. Kollen's Direct Testimony. Questions regarding the average 
impact on the residential bill. Questions regarding the financial 
status of the customer base. 

Mr. Howard requests to admit OAG Exhibit 2 into the record. 
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11:11:56 AM Exhibit OAG 3 
Note: Kathy Gillum Map indicating Counties in AEP Service Area Percent of Persons in 

Poverty 2010, introduced by Dennis Howard (OAG) and marked as 
OAG Exhibit 3. 

Questions regarding economically feasibility study. 

Mr. Overstreet states that he is not sure what Mr. Howard meant 
by economically feasibility study. 

Mr. Howard brings up a prior Commission case using the 
Economically Feasibility Standard. 

11:12:32 AM Dennis Howard (OAG) 
Note: Kathy Gillum 

11:14:53 AM Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

11:16:01 AM Dennis Howard (OAG) 
Note: Kathy Gillum 

l1:17:51 AM Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

11:18:24 AM Dennis Howard (OAG) 
Note: Kathy Gillurn 

11:18:57 AM Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

11:19:59 AM Chairman Armstrong (PSC) 
Note: Kathy Gillum 

11:20:14 AM Dennis Howard (OAG) 
Note: Kathy Gillum 

11:21:07 AM 
Note: Kathy Gillum 

11:24:36 AM Exhibit KIUC 1 
Note: Kathy Gillum 

Examination by Mike Kurt! (KIUC) 

11:25:42 AM Mike Kurt! (KIUC) 

11:26:33 AM 

11:27:17 AM Mike Kurtz (KIUC) 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Mark Overstreet (Ky Power) 

11:29:02 AM Exhibit KIUC 2 
Note: Kathy Gillum 

1.1:29:32 AM Mike Kurtz (KIUC) 
Note: Kathy Gillum 

Objection: Objects to the line of questioning. States that the 
Econ. Feasbility Stnadard has no bearing on this particular 
question when there is a legal requirement that this be done. 

States that the Commission has clearly articulated the standard 
that had to be met. 

States that the question here is, we are required by law to do 
this ... 

Chairman states that Mr. Howard is going a little far afield with 
questioning. 

Requests to admit OAG Exhibit 3. 

Questions regarding FERC Form 1,. 

Document titled, Kentucky Power Company $/KWh, introduced by 
Mike Kurtz, KIUC, and marked as KILJC Exhibit 1. (info from FERC 
Form 1) 

Questions regarding KIUC Exhibit 1. 

Mr. Overstreet asks if this Chart is part of the FERC Form 1? 

Mr. Kurtz states that this Chart puts the data from the FERC Form 
1 into a Chart. 

Responses to PSC 1st Data Request, Item Nos. 82 and 83; and 
Response to Sierra Club's 1st Data Request Item No. 16, 
introduced by Mike Kurt!, KIUC and marked as KIUC Exhibit 2. 

Questions regarding the net benefit to the local economy. 
11:32:22 AM 

11:33:03 AM Mike Kurtz (KIUC) 

Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillurn 

Note: Kathy Gillum 

Mr. Overstreet objects and asks Mr. K ~ r t z  not yell at his witness. 

Questions regarding amounts of coal from Kentucky and from W. 
Virginia. 

Document titled, 1.lth Edition, Pocket Guide, Kentucky Coal 
Provides, Jobs, Energy, Tax Revenue and Economic Growth, 
initroduced by Mike Kurtz (KIUC) and marked as KIUC Exhibit 3. 

11:38:34 AM Exhibit KIUC 3 
Note: Kathy Gillum 
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11:39: 16 AM 

11:40:48 AM 

11:41:41 AM 

11:43:49 AM 

11:44:29 AM 

11:45:39 AM 

11:45:53 AM 

11:52:30 AM 

11:52:57 AM 
11.:53:22 AM 

11:53:55 AM 

Mike Kurt: (KIlJC) 

Vice Chair Gardner 
Note: Kathy Gillum 

Note: Kathy Gillum 

Questions regarding KIUC Exhibit 3. 

Vice Chair Gardner asks: Is that just Eastern Kentucky coal that 
you are talking about. 

Mike Kurtz (KIUC) 
Exhibit KIlJC 4 

Note: Kathy Gillum Responses to PSC 3rd Data Requests dated March 14, 2012, Item 
No. 17, introduced by Mike Kurtz and marked as KIUC Exhibit 4. 

Questions regarding KIUC Exhibit 4. 

Objection: Mr. Overstreet objected to a statement by Mr. Kurtz 
regarding trying to influence the Commission. 

Questions regarding page 18 of KIUC Exhibit 4 (letter writing 
campaign). Questions regarding environmental investments, and 
pre-taxed rate of return. 

Objection: That inaccurately states the application.. 

Mike Kurtz (KIUC) 

Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Mike Kurtz (KIUC) 
Note: Kathy Gillum 

Objection by Mark Overstreet (Ky Power) 

Mike Kurt! (KIUC) 
Exhibit KIUC 5 

Note: Kathy Gillum 

Note: Kathy Gillum Document titled, AEP 46th EEI Financial Conference Presentation, 
Orlando, Florida, dated November 8, 2011, introduced by Mike 
Kurtz, KIUC and marked as KIUC Exhibit 5. 

Mike Kurtz (KIUC) 
Note: Kathy Gillum Questions regarding growing investments. Questions regarding 

purchased power strategy. Questions regarding PSC 2nd DR, 
Item 1. Questions regarding pool agreement. (witness states 
agreement was withdrawn) 

Objection: Mr. Overstreet states that there is no proposal, it was 
withdrawn. 

Questions regarding if it is Ky Power's intent to take 20% of 
Mitchell Unit. Questions regarding pool agreement filed with FERC 
and withdrawn. (energy sharing). Questions regarding page 11 
of witness' direct testimony. Questions regarding page 9, line 3 of 
direct testimony. Questions regarding the "least cost option". 
Questions regarding PSC DR 4, Item 1. 

12:02:39 PM Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

12:03:14 PM Mike Kurtz (KIUC) 
Note: Kathy Gillum 

1.2:23:24 PM Lunch Break 
12:23:34 PM Case Recessed 
1:32:58 PM Case Started 
1.:33:05 PM Mike Kurt! (KIUC) 

1:33:19 PM 
Note: Kathy Gillum 

Note: Kathy Gillum 
Mark Overstreet (Ky Power) 

1:33:27 PM Dennis Howard (OAG) 
Note: Kathy Gillum 

1:33:40 PM Chairman Armstrong 

Mr. Kurh moves to admit KIUC Exhibits 1 thru 5 into the record. 

Mr. Overstreet stated that they had no objection except for the 1st 
page of 1. 

Mr. Howard stated they would have additional questions under 
confidentiality. 
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1:33:48 PM 

1:34:08 PM 

1:34:23 PM 

1:36:55 PM 
1:37:15 PM 

1:38:19 PM 

1:40:15 PM 

1:40:32 PM 

1:44:27 PM 

1:44:58 PM 

1:46:29 PM 

1:48:42 PM 

1:53:22 PM 

1:55:27 PM 

1:56:11 PM 

2:01:04 PM 

2:02:47 PM 
2:03:04 PM 

2:04:09 PM 

Larry Cook (OAG) 
Note: Kathy Gillum 

Kristin Henry (SC) 
Note: Kathy Gillum 

Larry Cook (OAG) 
Note: Kathy Gillum 

Examination by Kristin Henry (SC) 
Exhibit SC 1 

Note: Kathy Gillum 

Kristin Henry (SC) 

Exhibit SC 2 
Note: Kathy Gillum 

Note: Kathy Gillum 

Kristin Henry (SC) 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Kristin Henry (SC) 
Exhibit (Temporarily Stricken) 

Note: Kathy Gillum 

Kristin Henry (SC) 
Note: Kathy Gillum 

Exhibit SC 3 
Note: Kathy Gillum 

Exhibit SC 4 
Note: Kathy Gillum 

Kristin Henry (SC) 

Exhibit SC 5 
Note: Kathy Gillum 

Note: Kathy Gillum 

Kristin Henry (SC) 
Exhibit SC 6 

Note: Kathy Gillum 

Kristin Henry (SC) 
Note: Kathy Gillum 

Mr. Cook requests to ask questions of the witness prior to Sierra 
Club. 

Ms. Henry states that it is acceptable for the OAG to question the 
witness prior to her. 

Questions regarding regulatory policy issues around the state. 
Questions regarding W.Va. regulation. 

Responses to PSC 4th Data Requests dated April 2, 2012, Item 
No. 1 introduced by Kristin Henry (SC) and marked as SC Exhibit 
1. 

Questions regarding page 4 of SC Exhibit 1. 

Document titled, American Electric Power, 2010 AEP-East 
Integrated Resource Plan introduced by Kristin Henry (SC) and 
marked as SC Exhibit 2. 

Mr. Overstreet asks for Ms. Henry to specify the time period of the 
questioning. 

This Exhibit was not introduced because it contained confidential 
information. Will be introduced later in hearing during confidential 
mode. 

Questions regarding Data Requests, page 2. Questions regarding 
direct testimony of witness, page 14, line 21. Questions 
regarding page 1.5, lines 1-4. 

Response to PSC 1st Data Requests dated January 13, 2012, Item 
No. 91, introduced by Kristin Henry and marked as SC Exhibit 3. 

Response to PSC 1st Data Request dated January 13, 2012, Item 
89, introduced by Kristin Henry and marked as SC Exhibit 4. 

Questions regarding SC Exhibit 4. 

Response to KIUC's 1st Data Request, dated January 13, 2012, 
Item No. 28, introduced by Kristin Henry and marked as SC Exhibit 
5. 

Responses to Sierra Club's 1st Data Requests dated January 13, 
2012, Item No. 17 introduced by Kristin Henry and marked as SC 
Exhibit 6. 

Questions regarding Response H. 

____________- - - 
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2:04:52 PM Exhibit SC 7 
Note: Kathy Gillum 

2:04:57 PM Kristin Henry (SC) 
2:10:46 PM Exhibit SC 8 

Note: Kathy Gillum 

2:11:27 PM Kristin Henry (SC) 
2:15:48 PM 
2:16:39 PM Exhibit PSC 1 

Examination by Faith Burns (PSC) 

Note: Kathy Gillum 

2:18:23 PM Data Request (PSC) 
Note: Kathy Gillum 

2:20:26 PM Faith Burns (PSC) 
Note: Kathy Gillum 

2:41:12 PM 

2:42:37 PM 

2:48:27 PM 

2:54:47 PM 

2:58:53 PM 

2:59:44 PM 

3:21:15 PM 

Data Request (PSC) 
Note: Kathy Gillum 

Faith Burns (PSC) 
Note: Kathy Gillum 

Chairman Armstrong 

Vice-Chair Gardner 
Note: Kathy Gillum 

Note: Kathy Gillum 

Data Request (PSC) 
Note: Kathy Gillum 

Vice Chair Gardner 
Note: Kathy Gillum 

Data Request (PSC) 
Note: Kathy Gillum 

Responses to Sierra Club's Supplemental Data Requests dated 
February 8, 2012 Item No. 16 introduced by Kristin Henry and 
marked as SC Exhibit 7. 

Response to Sierra Club Supplemental Data Requests dated 
February 8, 2012, Item 18 introduced by Kristin Henry and 
marked as SC Exhibit 8. 

Document titled, 300 American Electric Power, Electric Operation 
and Maintenance Expenses - 1. Power Production (Ref. Pg. 320) 
introduced by Faith Burns (PSC) and marked as PSC Exhibit 1. 

Data Request: Calculation of approximate amounts of coal 
burned; the percentage of coal burned and the cost allocation for 
2010. 

Questions regarding Item 62 of PSC 1st D.R. regarding low sulfur 
coal. Ms. Burns moves to admit PSC Exhibit 1 into the record. No 
objections. Questions regarding Ky Power's last rate case. 
Questions regarding future rate increases. Questions regarding 
page 12 of direct testimony of the witness. Questions regarding 
Rockport Plant; Tanner's Creek (Indiana); Amos Plant (Ohio). 
Witness answers by referring to Lila Munsey's testimony, line 2. 
Questions regarding page 4 of witness' Rebuttal Testimony. 
Questions regarding Page 4, of Rebuttal Testimony, lines 10 
through 14. 

Provide expense for May, 2003 to determine if SCR costs were 
included. 

Questions regarding PSC DR2, Item 20. Questions regarding risk 
assessment by using the Aurora Model. Qtiestions regarding Big 
Sandy units regarding consent decree. 

Questions regarding consent decree. Was RFP done? 

Questions regarding where the coal mines are located. Questions 
regarding depreciation. Witness states that the terms where in 
the 20 to 25 year timeframe. 

Vice Chair Gardner requested the percentage in dollar amounts of 
depreciation of the plants and the period of time. 

Questions regarding the relationship between AEP and sister 
companies. Questions regarding the power pool. Questions 
regarding costs not included in this application, and costs that are 
included. 

Vice Chair requests the last time there was captjal infusion, the 
purpose and the amount. 

- 
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3:21:38 PM 

3:24:49 PM 

3:25:43 PM 

3:30:09 PM 
3:31:34 PM 

3:32:01. PM 
3:34:10 PM 

3:35:09 PM 

3:39:13 PM 

3:39:38 PM 

3:44:30 PM 

3:46:13 PM 

3:46:49 PM 

3:47:21 PM 

3:47:44 PM 

3:52:33 PM 

3:53:25 PM 
3:54:19 PM 
3:54:47 PM 
4:09:32 PM 
4:49:38 PM 
4:sa:04 PM 

4:58:25 PM 
5:03:19 PM 
5:45:17 PM 

Vice Chair Gardner 
Note: Kathy Gillum Questions regarding if it is an increase in the environmental 

surcharge or overall rate. 

Questions regarding phase in approach. 

Questions regarding Ohio Power selling any of their capacity. 
Witness states that Option I is the least cost (scrub Unit 2). 
Questions regarding purchase power and the modeling stage of 
the process. 

Faith Burns (PSC) 

Re-Direct by Mark Overstreet (Ky Power) 
Note: Kathy Gillurn 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Mark Overstreet (Ky Power) 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Kristen Henry (SC) 

Note: Kathy Gillum 

Mr. Overstreet states that the info can be found in Exh. 3 of the 
Application. 

Ms. Henry moves for all of her exhibits to be admitted into the 
record. 

Questions regarding page 5, line 22 of Rebuttal Testimony. 
Questions regarding the costs of Phase I. Questions regarding 
PSC DR4, Item 1, page 4. 

Objection: Witness is not an attorney. 

Questions regarding being "energy long". 

Vice Chair Gardner asked what other options they have. 

Vice Chair requests the Early Termination Agreement date. 

Questions regarding negotiations with respect fo Riverside. 

Mr. Overstreet states that the information could contain 
confidential portions. 

Questions regarding the retirement of Big Sandy Unit 1. 
Questions regarding the plans to address the capacity deficient. 

Questions regarding ECR Costs. 

Mike Kurh (KIUC) 
Note: Kathy Gillurn 

Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillurn 

Mike Kurtz (KIUC) 
Note: Kathy Gillum 

Vice-Chair Gardner 
Note: Kathy Gillurn 

Data Request (PSC) 
Note: Kathy Gillurn 

Vice Chair Gardner 
Note: Kathy Gillurn 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Re-Direct by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillurn 

Larry Cook (OAG) 

Break 
Case Recessed 
Case Resumed 
Public Mode On 
Larry Cook (OAG) 

Note: Kathy Gillum 

Witness Excused (Wohnhas) 
Private Mode On 
Public Mode On 

Questions regarding Page 7059. Cost estimation for the chosen 
Option. Questions regarding 678. 
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5:45:41 PM Exhibit SC 11 
Note: Kathy Gillum Response to AG Supplemental Data Requests dated February 8, 

2012, Item No. 6, introduced by Kristen Henry and marked as SC 
Exhibit 11. 

5:49:02 PM Witness Excused (Thomas) 
5:50:35 PM Case Recessed 
6:04:44 PM Case Resumed 
6:04:47 PM 

6:05:31 PM 

Witness, Lila Munsey (Ky Power) 

Examination by Mr. Gish (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Witness called to testify by Mark Overstreet. 

Qualification of witness by Ken Gish. Witness corrects Direct 
'Testimony. Item 20 concerning Revised Exhibit LP 13, line 16. 
Removal made a change to LPM 14, line 6, now .78O/0, and a total 
over all change 29.50%. Will provide revised sheets to all parties. 
Adopts re-filed testimony with corrections. 

6:08:00 PM Mike Kurtr (KIUC) 
Note: Kathy Gillum 

6: 1.0:57 PM Kristin Henry (SC) 

6:11:26 PM Faith Burns (PSC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

6:19:56 PM Data Request (PSC) 
6:20:06 PM Faith Burns (PSC) 

6:20:57 PM Vice Chair Gardner 
Note: Kathy Gillum 

Note: Kathy Gillum 

6:26:31 PM Chairman Armstrong 
Note: Kathy Gillum 

6:27:36 PM Data Request 
Note: Kathy Gillum 

6:27:46 PM Dennis Howard (OAG) 
Note: Kathy Gillum 

6:28:39 PM Witness Excused (Munsey) 

6:29:49 PM Case Recessed 

Questions regarding Exhibit 3 of corrected testimony. Questions 
regarding Line 2 - short term debt. 

Ms. Henry moves to admit SC 11 into record. 

Questions regarding Item 23. Line 16 and 1.7, should they be 
eliminated. Witness states that was the correction. Questions 
regarding 1st DRs Item 45. Questions regarding PSC 2nd DR, 
Item 23, page 1.4-15. Questions regarding Item 23, Attachment 
1, page 3. 

Questions regarding long term fuel contracts. 

Questions regarding Page 8 of testimony. Witness directs to LPM 
6. Questions regarding the percentage of costs assigned to Ky 
Power. 

Questions regarding net impact. 

Chairman Armstrong asked that the numbers be provided. 

Questions regarding net effect on ratepayers. 

---,-___ ---- -. 
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Exhibit List Report 
Case Number: 20 ll-00401-30Apr12 

Case Title: Kentucky Power Company (Environmental Surcharge) 
Department: 
Plaintiff: 
Prosecution: 
Defendant: 
Defense: 

Name Description 
KIUC Exhibit 1 
KIUC Exhibit 2 

KIUC Exhibit 3 

KIUC Exhibit 4 
KXUC Exhibit 5 

KIUC Exhibit 6 
OAG Exhibit 1 

OAG Exhibit 2 

OAG Exhibit 3 
PSC Exhibit 1 

SC Exhibit 1 
SC Exhibit 10. 
SC Exhibit 11 
SC Exhibit 2 
SC Exhibit 3 
SC Exhibit 4 
SC Exhibit 5 
SC Exhibit 6 
SC Exhibit 7 

SC Exhibit 8 
SC Exhibit 9 

Document titled, Kentucky Power Company $/KWh (info from FERC Form 1). 

Responses to PSC 1st Data Request, Item Nos. 82 and 83; and Response to Sierra 
Club's 1st Data Request Item No. 16. 
'Document titled, 1 l th Edition, Pocket Guide, Kentucky Coal Provides, Jobs, Energy, Tax 
Revenue and Economic Growth 
Responses to PSC 3rd Data Requests dated March 14, 2012, Item No. 17. 
Document titled, AEP 46th EEI Financial Conference Presentation, Orlando, Florida, 
dated November 8,2011 
(Confidential Materials) 
Document titled Notice of Filing of Supplemental Response to Identified Data Requests 
filed by Kentucky Power on March 9, 2012 (AG-1-26). 
Document titled, Notice of Filing of Supplemental Response to Identified Data Request 
filed Feb. 22, 2012 by Ky Power 
Map indicating Counties in AEP Service Area Percent of Persons in Poverty 2010. 
Document titled, 300 American Electric Power, Electric Operation and Maintenance 
Expenses - 1. Power Production (Ref. Pg. 320) 
Responses to PSC 4th Data Requests dated April 2, 2012, Item No. 1 
(Confidential Materials) 
Response to AG Supplemental Data Requests dated February 8, 2012, Item No. 6. 
Document titled, American Electric Power, 2010 AEP-East Integrated Resource Plan 
Response to PSC 1st Data Requests dated January 13, 2012, Item No. 91. 
Response to PSC 1st Data Request dated January 13, 2012, Item 89 
Response to KIUC's 1st Data Request, dated January 13, 2012, Item No. 28 
Responses to Sierra Club's 1st Data Requests dated January 13, 2012, Item No. 17 
Responses to Sierra Club's Supplemental Data Requests dated February 8, 2012 Item 
No. 16. 
Response to Sierra Club Supplemental Data Requests dated February 8, 2012, Item 18 
(Confidential Materials) 
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COMMONWEALTH OF KENTUCKY 

BEFORE THE PUBLIC SERVICE COMMISSION 

In the Matter of: 

APPLICATION OF KENTUCKY POWER COMPANY 
FOR APPROVAL OF ITS 2011 ENVIRONMENTAL 
COMPLIANCE PLAN, FOR APPROVAL OF ITS 
AMENDED ENVIRONMENTAL COST RECOVERY 
SURCHARGE TARIFF, AND FOR THE GRANT OF 
A CERTIFICATE OF PUBLIC CONVENIENCE AND 
NECESSITY FOR THE CONSTRUCTION AND 
ACQUISITION OF RELATED FACILITIES 

) 
) 
) 

1 
1 
1 
) 

) CASE NO. 2011-00401 

-- C ERTl F I CATE 

I ,  Kathy Gillum, hereby certify that: 

1. The attached DVD contains a digital recording of the hearing conducted in the 

above-styled proceeding on May I ,  2012; (excluding any confidential segments, which were 

recorded on a separate DVD and will be maintained in the non-public records of the 

Commission, along with the Confidential Exhibits and Hearing Log). The hearing was recorded 

on 3 consecutive days, April 30, 2012, May 1, 2012 and May 2, 2012 separately. (Confidential 

portions were also recorded separately). 

2. I am responsible for the preparation of the digital recording; 

3. The digital recording accurately and correctly depicts the hearing of May 1, 2012 

(excluding any confidential segments); 

4. The “Exhibit List” attached to this Certificate correctly lists all exhibits introduced 

at the hearing of May 1, 2012 (excluding any confidential exhibits). 

5. The “Hearing Log” attached to this Certificate accurately and correctly states the 

events that occurred at the hearing of May 1, 2012 (excluding any confidential segments) and 

the time at which each occurred. 
Tk  

Given this day of May, 2012. 

My commission expires: 



Case History Log Report 
Case Mum ber: 201 1-00401-0 lMayl2 

Case Title: Kentucky Power Company (Environmental Surcharge) 
Case Type: Other 
Department: 
Plaintiff: 
Prosecution: 
Defendant: 
Defense: 

Date: 5/1/2012 
Location: Default Location 
Judge: David Armstrong, Jim Gardner 
Clerk: Kathy Gillum 
Bailiff: 

Event Time Log Event 
10:05:45 AM Case Started 
10:05:54 AM 

10:06:20 AM 
10:07:09 AM 

10:08:49 AM 

10:11:04 AM 

10:34:24 AM 

10:37:03 AM 

10:38:08 AM 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Dennis Howard (OAG) 
Examination by Kristin Henry (SC) 

Note: Kathy Gillum 

Mr. Overstreet states that he does not object to Dr. Jeremy Fisher 
testifying out of turn due to scheduling conflicts. 

Qualification of witness by Kristin Henry. Witness adopts pre-filed 
testimony and errata with updates. Witness makes update to 
captial costs. 

Exhibit: Direct Testimony of Jeremy Fisher dated 5-1-12 with 
redacted portions, introduced by Kristin Henry and marked as SC 
Exhibit 12. 

Questions regarding revised supplemental testimony. Questions 
regarding modeling results. Questions regarding page 19 of Direct 
Testimony prior to revision, line 6. Questions regarding Page 18. 
Questions regarding long term resaurce modeling. Questions 
regarding the Aurora Modeling. Witness reads from Weaver 
Testimony page 48, beginning at  line 3. Questions regarding 
Table 4, page 37 of Revised Testimony. Witness refers natural 
gas pricing questions to Mr. Harnby. Questions regarding coal 
demand and pricing. Questions regarding hydraulic fracturing. 

Questions regarding revised supp. testimony line 21. Witness 
states that Lines 21 to 24 should be redacted. Questions 
regarding FERC filing and withdrawal. Questions regarding pool 
agreement. 

Questions regarding the coal market. 

Questions regarding inconsistency of the modeling. Witness refers 
to his Revised Supp. Testimony page 18, Table 1. Questions 
regarding capital costs. 

Exhibit SC 12 
Note: Kathy Gillum 

Examination by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Examination by Mike Kurtr (KIUC) 
Note: Kathy Gillum 

Examination by Dennis Howard (OAG) 

Vice Chair Gardner 
Note: Kathy Gillum 

Note: Kathy Gillum 
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10:06:48 AM 

10:44:51 AM 

Witness, Jeremy Fisher (SC) 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Witness called to testify by Sierra Club. 

Mr. Overstreet asks the witness to clarify that the redacted version 
of his revised testimony is meant to remove those portions from 
the testimony, not to make it confidential. Witness agrees. 

Witness explains why the testimony was revised or removed. 
Questions regarding Capital Expenses and Carrying Costs section. 
Questions regarding Strategist Modeling and Aurora Modeling. 
Witness explains the Strategist Model. 

Mr. Kurtz asks for clarification of last question and answer. 

Vice Chair Gardner repeats the question, and the witness repeats 
his answer. 

Questions regarding the issues in the Motion to Compel. Witness 
explains his work a t  Symax. Questions regarding the Aurora 
Modeling. Questions regarding the Demand Risk in Weaver 
testimony. 
Testimony. Witness states that Option 1 and 2 come in at 
essentially the same value. 

10:46:10 AM Vice Chair Gardner 
Note: Kathy Gillum 

10:57:55 AM Mike Kurtz (KIUC) 

10:58:31 AM Vice Chair Gardner 
Note: Kathy Gillurn 

Note: Kathy Gillum 

10:59:47 AM Re-Direct Examination by Kristin Henry (SC) 
Note: Kathy Gillum 

Questions regarding page 68 of the Revised Supp. 

11:06:18 AM Examination by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

11:08:05 AM Examination by Mike Kurtz (KIUC) 
Note: Kathy Gillurn 

11:09:46 AM 
ll:10:22 AM 

Re-Direct by Kristen Henry (SC) 
Mark Overstreet (Ky Power) 

Note: Kathy Gillum 

11:10:29 AM Kristen Henry (SC) 

11:11:08 AM Witness Excused (Fisher) 

11:11:20 AM 

Note: Kathy Gillum 

Witness, John McManus (Ky Power) 
Note: Kathv Gillum 

Questions regarding calculations outside of the Strategist Model. 
Questions regarding Becker testimony pages 8, 9, 10. 

Questions regarding what the witness means by demand. Witness 
states that it is energy demand. Witness refers to Mr. Hornby. 

Mr. Overstreet states that he did not make the statement in the 
way Ms. Henry stated in her question to the witness. 

Kristen Henry rephrases the question. 

Witness called to testify by Mark Overstreet (Ky Power). 
11:11:56 AM Examination by Hector Garcia (Ky Power) 

Note: Kathy Gillum Qualification of witness by Hector Garcia. Witness adopts pre-filed 
testimony. 

Questions regarding page 17 of Direct Testimony, line 5. Question 
regarding Mr. Walton's timeline (document already a part of the 
record). 

Questions regarding witness' testimony page 8. 

Ms. Burns requests the Names of the Units. 

11:13:45 AM Examination by Mike Kurtz (KIUC) 
Note: Kathy Gillum 

11:21:26 AM 

11:22:41 AM Data Request (PSC) 

Examination by Faith Burns (PSC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

~~ ~~~ 
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11:22:57 AM Faith Burns (PSC) 
Note: Kathy Gillum 

11:39:20 AM 

11:44:50 AM 

11:46:33 AM 

12:09:01 PM 

12:12:09 PM 

12:17:52 PM 

12:19:57 PM 

12:23:48 PM 

12:24:23 PM 

12:26:16 PM 

12:29:13 PM 
12:30:17 PM 

12:31:31 PM 

1:20:50 PM 
1:21:15 PM 

1:21:25 PM 

1:22:05 PM 

1:22:12 PM 

Questions regarding Response to PSC 1st DR Item 26, attachment 
1, page 3,4th paragraph. Questions regarding Response to PSC 
3rd DR Item 9. Questions regarding Response to PSC 1st DR 
Item 5 (SO2 and nocs admissions). Questions regarding the EPA 
MACT Rule. Questions regarding mothballing the Big Sandy unit. 
Questions regarding length of idle time relating to the permit 
allowances. 

Questions regarding carbon capture technology. Questions 
regarding cost of carbon capture under AEP study. 

Questions regarding Carbon Capture. 

Questions regarding settlement with EPA, and its requirements. 
Questions regarding proposal to PSC without the EPA rules 
(CSPAR or MATS). Questions regarding dry sorbine injection. 
Questions regarding age of Rockport Units. Questions regarding 
the Coal Combusion Rule and the Clean Water Rule. Questions 
regarding why the company did not start initial phases prior to 
now. 

Questions regarding the Consent Decree. 

Questions regarding New Source Performance Standard. 
Questions regarding Consent Decree. Questions regarding 
additional future costs. 

Questions regarding scrubbing Big Sandy. Questions regarding 
Exhibit RLW-1 

Questions regarding the retirement of the Big Sandy Plant. 
Questions regarding New Source Performance Standard. 

Questions regarding mothballing a plant and then bringing it back 
on line. 

Questions regarding risks of Green House Gas Rules. 

Questions regarding energy efficiency options. 

Examination by Dennis Howard (OAG) 
Note: Kathy Gillum 

Chairman Armstrong 

Vice Chair Gardner 
Note: Kathy Gilliim 

Note: Kathy Gillum 

Chairman Armstrong 

Examination by Kristen Henry (SC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Re-Direct by Hector Garcia (Ky Power) 
Note: Kathy Gillum 

Examination by Mike Kurtz (KIUC) 
Note: Kathy Gillum 

Examination by Faith Burns (PSC) 
Note: Kathy Gillum 

Kristen Henry (SC) 

Vice Chair Gardner 

Chairman Armstrong 

Note: Kathy Gillum 

Note: Kathy Gillum 

SC Exhibit 13 (Confidential) 

Case Recessed 
Case Started 
Mark Overstreet (Ky Power) 

Witness, Robert Walton (Ky Power) 

Examination by Ken Guish (Ky Power) 

Note: Kathy Gillum Confidential materials. 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Mr. Overstreet calls Robert Walton to testify. 

Called to testify by Mark Overstreet . 
Qualification of witness by Ken Gish (Ky Power). Witness adopts 
pre-filed testimony. 

Examination by Dennis Howard (OAG) 

- 
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1:24:44 PM 

1:26:14 PM 

1:27:03 PM 

1:51:26 PM 

1:54:26 PM 

2:02:45 PM 

2:03:51 PM 

2:06:40 PM 

2:14:41 PM 
2:14:54 PM 
2:15:08 PM 

2:15:15 PM 

2:15:48 PM 

2:19:58 PM 

2:22:28 PM 

2:23:02 PM 
2:23:14 PM 

2:24:00 PM 

Examination by Mike Kurtz (KIUC) 

Exhibit KIUC 7 
Note: Kathy Gillum 

Note: Kathy Gillum 

Mike Kurtz (KIUC) 
Note: Kathy Gillum 

Examination by Faith Burns (PSC) 
Note: Kathy Gillum 

Vice Chair Gardner 
Note: Kathy Gillum 

Data Request (PSC) 

Re-Direct by Ken Gish (Ky Power) 
Note: Kathy Gillum 

Questions regarding Direct Testimony page 4. 

Document labeled RLW-1 introduced by Mike Kurtz and marked as 
KIlJC Exhibit 7. 

Questions regarding page 4, line 19 of Direct Testimony. 
Questions regarding page 5, line 23. Questions regarding page 6, 
line 7. Questions regarding Commission approval of project that 
may be cancelled. Questions regarding Phase I of the wet 
scrubber. Questions regarding Phase I1 start up date. Questions 
regarding air permit timeline. Questions regarding page 6, line 
10. Questions regarding cost of the scrubber at Rockport. 
Questions regarding cost of coal ash disposal. Questions 
regarding Strategist Model. 

Questions regarding dry scrubber evaluation. Questions relating to 
PSC Case No. 2002-00169. Questions regarding the Indiana PSC 
application and\or final order. Witness states that there is not a 
final order yet in the Indiana case. 

Questions regarding PSC 1st DR, Item 35. Questions regarding 
the Mitchell facility and its compliance with the Utility MACT rule 
and CSPAR Rule. Questions regarding witness' involvement with 
Phase I. Witness states he got involved with Big Sandy in 2010. 

Vice Chair Gardner requests updates to PSC 3rd DR Item 10 

Examination by Dennis 
Note: Kathy Gillum 

Ken Gish (Ky Power) 
Dennis Howard (OAG) 
Chairman Armstrong 

Note: Kathy Gillum 

Howard (OAG) 
Questions regarding Direct Testimony, page 3, line 10. 

Chairman states that the witness may have already answered Mr. 
Howard's question. 

Robert Walton (Ky Power) 
Note: Kathy Gillum 

Chairman Armstrong 
Note: Kathy Gillum 

Vice Chair Gardner 
Note: Kathy Gillum 

Chairman Armstrong 
Note: Kathy Gillum 

Witness Excused (Walton) 
Witness, Scott Weaver (Ky Power) 

Note: Kathy Gillurn 
Mark Overstreet (Ky Power) 

Note: Kathy Gillurn 

Witness explains what he has already stated. 

Questions regarding working with Mr. Weaver. 

Questions regarding the difference between table top exercise and 
modeling. 

Chairman asked, How many options were there? 

Witness called to testify by Mark Overstreet. 

Qualification of witness by Mark Overstreet. Correction to Direct 
Testimony, Page 51., line 19 - eliminate the word NOTat the end of 
the line. Witness adopts pre-filed testimony and responses to 
data requests. 

.-. 
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2:26:10 PM 

2:36:49 PM 

2:37:29 PM 

2:43:43 PM 

2:44:36 PM 

2356350 PM 

2:57:29 PM 

3:00:04 PM 
3:00:28 PM 
3:00:59 PM 

Examination by Shannon Fisk (SC) 
Note: Kathy Gillum 

Exhibit SC 14 
Note: Kathy Gillum 

Shannon Fisk (SC) 
Note: Kathy Gillum 

Exhibit SC 15 
Note: Kathy Gillum 

Shannon Fisk (SC) 
Note: Kathy Gillum 

Shannon Fisk (SC) 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Shannon Fisk (SC) 
Mark Overstreet (Ky Power) 
Shannon Fisk (SC) 

Note: Kathy Gillum 

3:37:12 PM 

3:37:44 PM Shannon Fisk (SC) 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

3:55:17 PM Case Recessed 
4:15:35 PM Case Started 
4:15:42 PM Case Recessed 
4:20:56 PM Case Started 
4:21:09 PM Shannon Fisk (SC) 

Note: Kathy Gillum 

Questions regarding Direct Testimony page 11, lines 7-8. 
Questions regarding Energy Efficiency Potential Study. 

Exhibit: Responses to SC 1st D.R. dated January 13, 2012, 
introduced by Shannon Fisk and marked as SC Exhibit 14. 

Questions regarding which units would be offered to the AEP 
affiliates. Questions regarding the FERC filing. 

Exhibit: Direct Testimony of Philip 3. Nelson in Support of AEP 
Ohio's Modified Electric Security Plan, introduced by Shannon Fisk 
and marked as SC Exhibit 15. 

Questions regarding Philip Nelson testimony, page 4 (SC Exhibit 
15). Mr. Fisk moves to enter SC 14 and 15 into the record. No 
objections. Questions regarding the Strategist Modeling Plan. 

Mr. Fisk moves to strike the analysis. 

Mr. Overstreet states it was a sensitivity not an analysis and had 
no bearing on the application. It was not requested in discovery. 

Questions regarding page 20 of Direct Testimony, Questions 
regarding SCW-2, page 2. Questions regarding alternative 
scenerios. Questions regarding Dr. Fisher testimony, page 29. 
Witness states that he did not rebutt because he felt there was no 
need. Questions regarding pricing (C02 v. Natural gas). 
Questions regarding SCW-1, page 11, Table 1-4. 
regarding Dr. Fisher testimony, page 62, line 10. Questions 
regarding economical dispatch. Questions regarding Direct 
Testimony SCW-4. 

Questions 

Mr. Overstreet states, "It wasn't an analysis, i t  was a sensitivity". 

Questions regarding modeling in the application. Questions 
regarding Rebuttal Testimony, lines 12-1.8. Questions regarding 
off-system sales. Questions regarding page 16. Questions 
regarding page 18 of Rebuttal Testimony. 

Questions regarding page 48 of Direct Testimony. Questions 
regarding SCW-5. Questions regarding page 27 of Rebuttal 
Testimony. Questions regarding page 30 of Rebuttal Testimony. 
Questions regarding SCW-5 of Direct Testimony. Questions 
regarding SCW-5R. Questions regarding SCW-7R. Questions 
regarding Aurora Modeling. 

.- .- 
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4:55:51 PM Exhibit SC 16 
Note: Kathy Gillurn 

4356310 PM Shannon Fisk (SC) 
Note: Kathy Gillum 

5:07:52 PM Exhibit SC 17 
Note: Kathy Gillurn 

5:11:10 PM Exhibit SC 18 
Note: Kathy Gillum 

5:13:10 PM Shannon Fisk (SC) 
Note: Kathy Gillurn 

5:22:01 PM Mike Kurtz (KIUC) 

5:23:55 PM Chairman Armstrong 

5:24:37 PM Mike Kurtz (KIUC) 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

5:58:53 PM 

5:59:08 PM 

5:59:54 PM 

6:Ol:OO PM 

6:08:30 PM 

6:08:56 PM 

6:11:35 PM 

6:12:54 PM 

Exhibit KIUC 8 
Note: Kathy Gillum 

Exhibit KIUC 9 
Note: Kathy Gillum 

Exhibit KIUC 10 
Note: Kathy Gillum 

Mike Kurtz (KIUC) 

Shannon Fisk (SC) 

Exhibit KIUC 1.1 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Faith Burns (PSC) 

Note: Kathy Gillum 

Document titled Indiana Michigan Power Company, Integrated 
Resource Planning Report to the Indiana Utility Regulatory 
Commission dated November 1, 2011, introduced by Shannon Fisk 
and marked as SC Exhibit 16. 

Questions regarding Direct Testimony page 38, line 8 thru page 
42. Questions regarding Page 38, line 12 and 13. Mr. Fisk moves 
to admit Exhibit 16 into the record. 

Document titled "Direct Testimony of Robert P. Powers in Support 
of AEP Ohio's Modified Electric Security Plan dated March 30, 
2012, introduced by Shannon Fisk and marked as SC Exhibit 17. 

Document titled "Direct Testimony of Frank C. Graves in Support 
of AEP Ohio's Modified Electric Security Plan dated March 30, 
2012, introduced by Shannon Fisk and marked as SC Exhibit 18. 

Questions regarding Frank Graves testimony. Questions regarding 
Direct Testimony page 38. 

Questions regarding sensitivity study, 

Chairman Armstrong requested the document (sensitivity study). 

Witness states that he has no knowledge of document or the 
figures and data. Witness states that this is a sensitivity looking 
at the retirement of Big Sandy. Witness states he does not 
siipport certain columns or figures in the document. Questions 
regarding page 13 of Rebuttal Testimony. Questions regarding 
the Strategist Model. Questions regarding Powers Direct 
Testimony page 21, line 20. 

Exhibit: Responses to PSC 4th DR Item 1 dated April 2, 2012 
introduced by Mike K ~ r t z  and marked as KIlJC Exhibit 8. 

Exhibit: Document titled "Summary of Long-Term Comodity Price 
Forecast Scenarios (SCW-2), Introduced by Mike Kurtz and 
marked as KIlJC Exhibit 9. 

Exhibit: Document labeled as Henry Hub, Dated 4/30/12, 
introduced by Mike Kurtr and marked as KIUC Exhibit 10. 

Moves to admit KIUC Exhibit 8, 9, and 10. 

Moves to admit 16 and 17. 

Exhibit: (Sensitivity document) titled, Big Sandy 2 UD Analysis 
Under FTCA-CSAPR Commodity Pricing. Mike Kurtz moves to 
admit sensitivity document. 

Questions regarding Ohio Commission documents. Questions 
regarding off -system sa Ies. 
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6:16:04 PM 

6:26:09 PM 
7:16:39 PM 
7:16:48 PM 

7:20:11 PM 

7:26:18 PM 

7:26:32 PM 

7:29:38 PM 
7:36:25 PM 
7:36:58 PM 

7:37:04 PM 

7:37:53 PM 

7:38:37 PM 

7:41:48 PM 
7:42:00 PM 
7:42:14 PM 
7:42:22 PM 

7:50:43 PM 

7:52:27 PM 

7:54:38 PM 
7:55:00 PM 

7:55:42 PM 

7:55:53 PM 

Vice Chair Gardner 
Note: Kathy Gillum Questions regarding Rockport and the Strategist Model. Question 

as to whether the age of the two facilities was included in the 
model. 

Case Recessed 
Case Started 
Re-Direct by Mark Overstreet (Ky Power) 

Note: Kathy Gillum Questions regarding SC Exhibit 18. Questions regarding absolute 
values. 

Questions regarding SC Exhibit 18. Questions regarding Page 16, 
line 21. Questions regarding KIlJC Exhibit 11. Witness states that 
he has not seen this document prior to a few hours ago. 

Exhibit: Response to KIlJC 1st DR dated January 13, 2012, Item 
No. 28, introduced by Shannon Fisk and marked as SC Exhibit 19 

Questions regarding alternative assumptions. 

Examination by Shannon Fisk (SC) 
Note: Kathy Gillum 

Exhibit SC 19 
Note: Kathy Gillum 

Shannon Fisk (SC) 

Private Mode On 
Public Mode On 
Shannon Fisk (SC) 

Witness, Stephen Baron (Ky Power) 

Examination by Hector Garcia (Ky Power) 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Moves to admit SC Exhibit 19 into the record. No objections. 

Witness called to testify by Mark Overstreet. 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillum 

Mark Overstreet (Ky Power) 
Dennis Howard (OAG) 
Chairman Armstrong 
Dennis Howard (OAG) 

Note: Kathy Gillum 

Faith Burns (PSC) 
Note: Kathy Gillum 

Vice Chair Gardner 
Note: Kathy Gillum 

Witness Excused (Baron) 
Witness, Carl Bletzacker (Ky Power) 

Note: Kathy Gillum 
Mark Overstreet (Ky Power) 

Note: Kathy GilllJm 

Examination by Kristin Henry (SC) 
Note: Kathy GilllJm 

Qualification of witness by Hector Garcia. Witness adopts pre-filed 
testimony. 

Questions regarding Page 2 of JRW-3. 

Questions regarding low equity cost rates. Witness answers 39. 
Witness answers 2 high numbers. Questions regarding eliminating 
numbers. Questions regarding WW-5. 

Questions regarding Page 7 of Rebuttal Testimony, line 4. 

Questions regarding surcharge mechanism. 

Witness called to testify by Mark Overstreet. 

Qualification of the witness by Mark Overstreet. Witness adopts 
pre-fi led testi mony. 

Questions regarding Wohnhas Testimony page 17, liines 5 thru10. 
Questions regarding page 7, line 3 of witness' Rebuttal Testimony. 
Questions regarding Dr. Fisher testimony page 36, lines 6-9. 
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8:10:05 PM 

8:11:38 PM 

8:14:31 PM 

8:15:37 PM 
8:17:36 PM 

8:19:29 PM 

8:21:03 PM 

8:21:39 PM 

8:24:36 PM 
8:24:48 PM 

8:27:23 PM 

8:31:32 PM 

8:31:47 PM 

8:33:33 PM 

8:40:24 PM 

8:44:21 PM 

8:44:32 PM 

8:47:13 PM 

9:01:04 PM 

Exhibit SC 21 
Note: Kathy Gillum Exhibit: Response to SC 1st DR dated January 13, 2012, Item No. 

45 * 

Exhibit: Document (Graph) labeled as JIF 7-B, Reference case 
C02 prices from other US Utilities, introduced by Kristin Henry and 
marked as SC Exhibit 22. 

Exhibit: Document titled Docket No. 201 1-10-E, Duke Energy 
Carolinas, LLC's 2011 Integrated Resource Plan, introduced by 
Kristin Henry and marked as SC Exhibit 23. 

Exhibit SC 22 
Note: Kathy Gillum 

Exhibit SC 23 
Note: Kathy Gillum 

Kristin Henry (SC) 

Exhibit SC 24 
Note: Kathy Gillum Exhibit: Document titled, Integrated Resource Plan, WA's 

Environmental & Energy Future, March 2011, introduced by Kristin 
Henry and marked as SC Exhibit 24. 

Kristin Henry moves to admit SC 21, 22, 23 and 24 into the 
record. 

Examination by Kristin Henry (SC) 
Note: Kathy Gillum 

Objection by Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 
Kristin Henry (SC) 

Mark Overstreet (Ky Power) 
Kristin Henry (SC) 

Note: Kathy Gillum 

Exhibit SC 25 
Note: Kathy Gillum 

Exhibit SC 26 
Note: Kathy Gillum 

Exhibit SC 27 
Note: Kathy Gillum 

Kristin Henry (SC) 

Mike Kurtz (KIUC) 

Exhibit KIUC 12 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Exhibit KIUC 13 
Note: Kathy Gillum 

Mike Kurtr (KIIJC) 

Examination by Faith Burns (PSC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Objects to the question. Stated it was not a fair question. 

Witness states he would not agree with them. Questions 
regarding Rebuttal Testimony. Questions regarding SC Exhibit 22. 

Questions regarding Rebuttal Testimony, page 11, lines 1 through 
6. Kristin Henry moves to admit SC Exhibits 25, 26 and 27 into 
the record. 

Exhibit: END 12149, Bill sponsored by Senator Bingham, 
introduced by Kristin Henry and marked as SC Exhibit 25. 

Exhibit: Document titled, Analysis of Impacts of a Clean Energy 
Standard, dated November, 2011, introduced by Kristin Henry and 
marked as SC Exhibit 26. 

Exhibit: Document titled, Report - Analysis of Impacts of a Clean 
Energy Standard as requested by Chairman Bingaman, introduced 
by Kristin Henry and marked as SC Exhibit 27. 

Questions regarding Aurora Modeling. 

Questions regarding future gas prices. 

Exhibit: Document titled, Forward Power Prices (off peak), 
introduced by Mike Kurtz and marked as KIUC Exhibit 12. 

Exhibit: Document titled, Forward Power Prices (on peak), 
introduced by Mike Kurtr and marked as KIUC Exhibit 13. 

Questions regarding locking in future prices. 

Questions regarding carbon dioxide. 
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9:02:57 PM Vice Chair Gardner 

9:05:31 PM Witness Excused (Bletzacker) 
9:06:17 PM Case Recessed 

Note: Kathy Gillum Questions regarding changes in regulations. 
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xhibit List Report 
Case Mum ber: 20 11-0040 1-0 1 May12 

Case Title: Kentucky Power Company (Environmental Surcharge) 
Department: 
Plaintiff: 
Prosecution: 
Defendant: 
Defense : 

Name 
KIUC Exhibit 10 
KIUC Exhibit 11 

KIUC Exhibit 12 
KIUC Exhibit 13 
KIUC Exhibit 7 
KIUC Exhibit 8 
KIUC Exhibit 9 
SC Exhibit 12 
SC Exhibit 13 (Confidential 
Materials) 
SC Exhibit 14 
SC Exhibit IS 

SC Exhibit 16 

SC Exhibit 17 

SC Exhibit 18 

SC Exhibit 19 
SC Exhibit 20 (Confidential 
Materials) 
SC Exhibit 21. 
SC Exhibit 22 
SC Exhibit 23 

SC Exhibit 24 

SC Exhibit 25 
SC Exhibit 26 

SC Exhibit 27 

Description 
Document labeled as Henry Hub, Dated 4/30/12 
(Sensitivity document) titled, Big Sandy 2 UD Analysis Under FTCA-CSAPR Commodity 
Pricing 
Document titled, Forward Power Prices (off peak) 
Document titled, Forward Power Prices (on peak) 
Document labeled RLW-1 introduced by Mike Kurh and marked as KIUC Exhibit 7. 
Responses to PSC 4th DR Item 1 dated April 2, 2012 
Document titled "Summary of Long-Term Comodity Price Forecast Scenarios (SCW-2) 
Direct Testimony of Jeremy Fisher dated 5-1-12 with redacted portions 

Responses to SC .lst D.R. dated January 13,2012, 
Direct Testimony of Philip 3. Nelson in Support of AEP Ohio's Modified Electric Security 
Plan 
Document titled Indiana Michigan Power Company, Integrated Resource Planning 
Report to the Indiana Utility Regulatory Commission dated November 1, 2011 
Document titled "Direct Testimony of Robert P. Powers in Support of AEP Ohio's 
Modified Electric Security Plan dated March 30, 2012 
Document titled "Direct Testimony of Frank C. Graves in Support of AEP Ohio's Modified 
Electric Security Plan dated March 30, 2012 
Response to KIUC 1st DR dated January 13, 2012, Item No. 28 

Response to SC 1st DR dated January 13, 2012, Item No. 45 
Document (Graph) labeled as .]IF 7-B, Reference case C02 prices from other US Utilities 
Document titled Docket No. 2011-10-E, Duke Energy Carolinas, LLC's 2011 Integrated 
Resource Plan 
Document titled, Integrated Resource Plan, 'WA's Environmental & Energy Future, 
March 2011 
END 12149, Bill sponsored by Senator Bingaman, 
Document titled, Analysis of Impacts of a Clean Energy Standard, dated November, 
2011 
Document titled, Report - Analysis of Impacts of a Clean Energy Standard as requested 
by Chairman Bingaman, 
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COMMONWEALTH OF KENTUCKY 

BEFORE THE PUBLIC SERVICE COMMISSION 

In the Matter of: 

APPLICATION OF KENTUCKY POWER COMPANY 
FOR APPROVAL OF ITS 2011 ENVIRONMENTAL 
COMPLIANCE PLAN, FOR APPROVAL OF ITS 
AMENDED ENVIRONMENTAL COST RECOVERY 
SURCHARGE TARIFF, AND FOR THE GRANT OF 
A CERTIFICATE OF PUBLIC CONVENIENCE AND 
NECESSITY FOR THE CONSTRUCTION AND 
ACQUISITION OF RELATED FACILITIES 

C E RTI F I CATE 

I ,  Kathy Gillum, hereby certify that: 

) 
) 
) 
) CASE NO. 201 1-00401 
) 
) 
) 
) 

1. The attached DVD contains a digital recording of the hearing conducted in the 

above-styled proceeding on May 2, 201 2; (excluding any confidential segments, which were 

recorded on a separate DVD and will be maintained in the non-public records of the 

Commission, along with the Confidential Exhibits and Hearing Log). The hearing was recorded 

on 3 consecutive days, April 30, 2012, May 1, 2012 and May 2, 2012 separately. (Confidential 

portions were also recorded separately). 

2. I am responsible for the preparation of the digital recording; 

3. The digital recording accurately and correctly depicts the hearing of May 2, 2012 

(excluding any confidential segments); 

4. The “Exhibit List” attached to this Certificate correctly lists all exhibits introduced 

at the hearing of May 2, 2012 (excluding any confidential exhibits). 

5. The “Hearing Log” attached to this Certificate accurately and correctly states the 

events that occurred at the hearing of May 2, 2012 (excluding any confidential segments) and 

/- the time at which each occurred. 

day of May, 2012. 

Kathy Gillu , N 
State at L ge 
My commi ion  



Case History Log Report 
Case Number: 2011-00401-02May12 

Case Title: Kentucky Power Company (Environmental Surcharge) 
Case Type: Other 
Department: 
Plaintiff: 
Prosecution : 
Defendant: 
Defense: 

Date: 5/2/2012 
Location: Default Location 
Judge: David Armstrong, Jim Gardner 
Clerk: Kathy Gillum 
Bailiff: 

Event Time Log Event 
9:40:20 AM Case Started 

9:40:23 AM 
9:40:33 AM 

Mark Overstreet (Ky Power) 
Witness, Mark Becker (Ky Power) 

9:41:02 AM 

9:41:33 AM 

9:43:12 AM 

9:43:24 AM 

9:46:10 AM 

9:46:22 AM 

9:47:43 AM 

9:48:42 AM 

9:52:01 AM 

9:52:50 AM 

Note: Kathy Gillum 

Note: Kathy Gillum 
Mark Overstreet (Ky Power) 

Examination by Kristin Henry (SC) 
Note: Kathy Gillum 

Exhibit SC 28 
Note: Kathy Gillum 

Kristin Henry (SC) 
Note: Kathy Gillum 

Exhibit SC 29 
Note: Kathy Gillum 

Kristin Henry (SC) 

Exhibit SC 30 
Note: Kathy Gillum 

Note: Kathy Gillum 

Exhibit SC 31 
Note: Kathy Gillum 

Exhibit SC 32 
Note: Kathy Gillum 

Exhibit SC 33 
Note: Kathy Gillum 

Witness called to testify by Mark Overstreet. 

Qualification of witness by Mark Overstreet. Witness adopts pre- 
filed testimony. 

Questions regarding audit process. Questions regarding Strategist 
files. 

Exhibit: Response to SC 1st DR dated January 13, 2012, Item 37, 
introduced by Kristin Henry and marked as SC Exhibit 28. 

Ms. Henry stated Exhibit 29, but actually is Exhibit 28. She 
corrects later. 

Exhibit: Response to SC 1st DR dated January 13, 2012, Item 69, 
introduced by Kristin Henry and marked as SC Exhibit 29 

Questions regarding SC Exhibit 29. 

Exhibit: Response to KIUC 1st DR dated January 13, 2012, Item 
28, introduced by Kristin Henry and marked as SC Exhibit 30 

Exhibit: Response to PSC 1st DR dated January 13, 2012, Item 
48, introduced by Kristin Henry and marked as SC Exhibit 31 

Exhibit: Response to SC Supp DR dated Feb 8, 2012, Item 4, 
introduced by Kristin Henry and marked as SC Exhibit 32 

Exhibit: Responses to SC Supp. DR dated Feb 8, 2012, Item 34, 
introduced by Kristin Henry and marked as SC Exhibit 33 
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9:54: 16 AM Exhibit SC 34 
Note: Kathy Gillum 

9:56:25 AM Exhibit SC 35 
Note: Kathy Gillum 

9:59:01 AM Kristin Henry (SC) 
Note: Kathy Gillum 

10:05:06 AM 

10:08:36 AM 

10:09:37 AM 

10:10:09 AM 

10:19:50 AM 

10:20:32 AM 

10:20:42 AM 

10:21:48 AM 

10:22:02 AM 

Exhibit: Response to SC Supp DR dated Feb 8, 2012, Item 35, 
introduced by Kristin Henry and marked as SC Exhibit 34 

Exhibit: Response to SC Supp DR dated Feb 8, 2012, Item 39, 
introduced by Kristin Henry and marked as SC Exhibit 35 

Questions regarding Strategist Model. Questions regarding the 
changes that needed to be made to the Strategist Model. Witness 
states that the changes involved the Reserve Margin Logic. 
Questions regarding the fixed 0 & M category. 

Exhibit: Copy of Ms. Wilson's notes regarding conversation with 
Mr. Becker introduced by Kristen Henry and marked as SC Exhibit 
36 

Questions regarding SC Exhibit 36. Witness states that his 
Understanding of the conversation is different from Ms. Wilson's 

Exhibit SC 36 
Note: Kathy Gillum 

Kristin Henry (SC) 
Note: Kathy Gillum 

Objection by Mark Overstreet (Ky Power) 

Kristin Henry (SC) 
Note: Kathy Gillum Objection: Compound question. 

Note: Kathy Gillum Questions regarding SC Exhibit 32. Questions regarding capital 
costs in relation to the Strategist Model. Questions regarding CER. 
Questions regarding resource options to each alternative. 

Questions regarding KIUC Exhibit 11. 

Mr. Overstreet requests to hand the Exhibit to the witness. 

Questions regarding retirement of Big Sandy Units. 

Objection: There's no ... (Mr. Kurt! interrupts to rephrase) 

Examination by Mike Kurt! (KIUC) 

Mark Overstreet (Ky Power) 

Mike Kurt! (KIUC) 

Objection by Mark Overstreet (Ky Power) 

Mike Kurt! (KIUC) 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

Note: Kathy Gillum 

10:22:52 AM 

10:23:02 AM Mike Kurt! (KIUC) 

Objection by Mark Overstreet 
Note: Kathy Gillum 

Note: Kathy Gillum 

10:25:42 AM Vice Chair Gardner 
Note: Kathy Gillum 

1.0:31:20 AM 

10:31:32 AM 

Mark Overstreet (Ky Power) 

Examination by Kristin Henry (SC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

States he will rephrase. Questions regarding preparation of 
documents. 

Objection: Badgering the witness. 

Mr. Kurt! states he will rephrase. Questions regarding changes to 
the model. 

Questions regarding relationship with Mr. Weaver. Questions 
regarding PJM being a summer peaking system and Kentucky 
Power is a winter peaking system. Questions regarding purchase 
power in relation to peaks. Questions regarding input into the 
Model. Questions regarding gas prices in the Model. 

No Re-Direct 

Questions regarding SC Exhibit 1, page 2, 2nd to last sentence in 
paragraph. 

10:34:17 AM Witness Excused (Becker) 
10:34:33 AM Dennis Howard (OAG) 

Note: Kathy Gillum Discussion regarding order of witnesses. 
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10:35:19 AM Witness, Dr. 1. Randall Woolridge 
Note: Kathy Gillum Witness called to testify by Dennis Howard (OAG). Qualification of 

witness by Dennis Howard (OAG). Witness adopts pre-filed 
testimony. 

' kere  was no cross examination for this witness. 

Mr. Kurt! states that they have 3 witnesses, all of whom have filed 
pre-filed testimony. 

10:36:50 AM Witness Excused (Woolridge) 

10:37:22 AM Mike Kurtz (KIUC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

10:37:34 AM 
10:37:56 AM Mike Kurtz (KIUC) 

Witness, Lane Kollen (KIUC) 

Note: Kathy Gillum Qualification of witness by Mike Kurtz. Witness adopts pre-filed 
testimony with corrections. Corrections: page 11, line 12, insert, 
or $80 million dollars if the company's share of OSS margins is 
removed,. Line 13, insert the same phrase except the amount is 
$151 million dollars. Page 22, line 16 and 17, strike apostrophe, 
strike president and CEO. Mike Kurt! passes out an insertion to 
witness' testi mony. 

Questions regarding allocations. Questions regarding page 18 of 
pre-filed testimony. Questions regarding the delay option. 
Questions regarding page 28 of testimony, 1st question at the top 
of the page. Questions regarding bilateral agreements. Questions 
regarding the impact of retirements of coal fired plants. Questions 
regarding purchase power option. 

10:42:51 AM Examination by Quang NgiJyen (PSC) 
Note: Kathy Gillurn 

10:54:10 AM Examination by Dennis Howard (OAG) 
Note: Kathy Gillum 

10:57:56 AM Vice Chair Gardner 
Note: Kathy Gillum 

11:03:41 AM Witness Excused (Kollen) 
11:03:56 AM 

11:04:17 AM Mike Kurtz (KIUC) 

Witness, Stephen Baron (KIlJC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

11:05:34 AM Examination by Ken Gish 
Note: Kathy Gillum 

11:08:27 AM Dennis Howard (OAG) 
Note: Kathy Gillum 

11:09:22 AM Data Request (OAG) 
Note: Kathy Gillum 

11:09:52 AM Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

11:10:20 AM Witness Excused (Baron) 
11:10:36 AM Mike Ki~rtz (KIUC) 

Questions regarding percentage of increase. Questions regarding 
the ECR Component. Questions regarding page 9 of testimony. 

Questions regarding off system sales. Witness refers to his 
corrections to his pre-filed testimony. Questions regarding 
recovery of costs for certain options. 

Witness called to testify by Mike Kurtz (KIUC). 

Qualification of witness by Mike Kurtz. Witness adopts pre-filed 
testimony with correction, Correction: page 14, line 12, after the 
words should be, the word allocated should be inserted. 

Questions regarding allocation factor. Witness explains that it 
depends on load factor. 

Questions regarding where the schools fall in the tariffs. 

Provide answer if the schools did fall into the medium general 
service; and the numbers similiar to those in the chart. 

Mr. Overstreet stated he will provide to Mike Kurtz and Mr. Kurtz 
can make them availabvle to Mr. Baron. 
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11:11:13 AM 

11:11:46 AM 

11:12:04 AM 

11:13:40 AM 

11:15:08 AM 
11:15:24 AM 

11:15:48 AM 

11:17:58 AM 

11:19:49 AM 
11:20:15 AM 

11:20:47 AM 

11:21:20 AM 

11:22:26 AM 

11:23:09 AM 

11:23:27 AM 

11:23:56 AM 

11:24:49 AM 

11:24:57 AM 

11:25:08 AM 
11:25:05 AM 

1:47:03 PM 

Shannon Fisk (SC) 
Note: Kathy Gillum 

Witness, Rachel Wilson (SC) 

Shannon Fisk (SC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Vice Chair Gardner 
Note: Kathy Gillum 

Witness Excused (Wilson) 
Witness James R. Hornby (SC) 

Note: Kathy Gillum 
Kristin Henry (SC) 

Note: Kathy Gillum 

SC Exhibit 37 
Note: Kathy Gillum 

Witness Excused (Hornby) 
Mark Overstreet (Ky Power) 

Note: Kathy Gillum 
Faith Burns (PSC) 

Note: Kathy Gillum 
Mark Overstreet (Ky Power) 

Note: Kathy Gillum 

Mike Kurh (KIUC) 

Mark Overstreet (Ky Power) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Dennis Howard (OAG) 
Note: Kathy Gillum 

Vice Chair Gardner 
Note: Kathy Gillum 

Mike Kurtz (KIUC) 

Faith Burns (PSC) 
Note: Kathy Gillum 

Note: Kathy Gillum 

Case Recessed 
Hearing Adjourned 

Case Stopped 
Note: Kathy Gillum 

Mr. Fisk moves to enter SC Exhibits 28 through 36 into the record. 
No objections. 

Witness called to testify by Shannon Fisk (SC). 

Qualification of witness by Shannon Fisk. Modification to pre-filed 
testimony, page 5, line 22, should be 2014 to 2024. Witness 
adopts pre-filed testimony with the correction. 

Questions regarding Strategist Model pertaining to emissions. 

Witness called to testify by Kristin Henry (SC) 

Qualification of witness by Kristin Henry. Witness adopts pre-filed 
testimony and errata, with correction. Correction: removal of Dr. 
Fisher's testimony affected witness testimony pages 19-20 and his 
Exhibit 9. 

Exhibit: Redacted copy of Direct Testimony of J. Richard Hornby, 
dated May 1, 2012 Redacts document (as a withdrawal, not as 
confidential) 
No objections. 

Kristin Henry moves to admit Exhibit into record. 

Mr. Overstreet requests to file Responses on May 1.lth, 

Ms. Burns states that the Briefs are due on May 9 

Mr. Overstreet stated that they were just trying to accomodate the 
Commission and compress the schedule. Discussion follows 
between the parties. 

Mr. Kurh requests briefs be due May l l t h ,  

Mr. Overstreet states they would provide a rolling response to 
provide by the 9th. 

Mr. Howard makes a suggestion regarding waiving time period. 

Vice Chair Gardner states that the Commission is not comfortable 
with that suggestion. 

Mr. Kurh renews his request for the Briefs to be due by the 1.lth. 

Ms. Burns stated PSC had no objection to Briefs on the 11th. 
Commission granted. 

Vice Chair Gardner adjourned the hearing, 

Created by JAVS on 5/16/2012 - Page 4 of 4 - 



Exhibit List Report 
Case Number: 2011-00401-02Mayl2 

Case Title: Kentucky Power Company (Environmental Surcharge) 
Department: 
Plaintiff: 
Prosecution: 
Defendant: 
Defense: 

Name 
SC Exhibit 28 
SC Exhibit 29 
SC Exhibit 30 
SC Exhibit 31 
SC Exhibit 32 
SC Exhibit 33 
SC Exhibit 34 
SC Exhibit 35 
SC Exhibit 36 
SC Exhibit 37 

Description 
Response to SC 1st DR dated January 13,2012, Item 37 
Response to SC 1st DR dated January 13, 2012, Item 69 
Response to KIUC 1st DR dated January 13, 2012, Item 28, 
Response to PSC 1st DR dated January 13,2012, Item 48 
Response to SC Supp DR dated Feb 8, 2012, Item 4 
Responses to SC Supp. DR dated Feb 8,2012, Item 34 
Response to SC Supp DR dated Feb 8, 2012, Item 35, 
Response to SC Supp DR dated Feb 8, 2012, Item 39 
Copy of Ms. Wilson's notes regarding conversation with Mr. Becker 
Redacted copy of Direct Testimony of 1. Richard Hornby, dated May 1, 2012 
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- 
This Re ort Is: 
(1) d A n  Original 
(2) n A Resubmission I I  

Date of Report 
(Mo, Da, Yr) 

Name of Respoi'ident 
(Kentuciy bower Company 

- 
Name of Respoi'ident 
(Kentuciy bower Company 

Year of Report 
Dec. 31, 2003 

This Re ort Is: 
(1) d A n  Original 
(2) n A Resubmission I I  

Date of Report 
(Mo, Da, Yr) 

I U I I 

SALES OF ELECTRICITY BY RATE SCHEDULES 

Year of Report 
Dec. 31, 2003 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales for Resale which is reported on Pages 310-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the sales under any rate schedule are classified in more than one revenue account, List the rate schedule and sales data under each 
applicable revenue account subheading. 
3. Where the same customers are served under more than one rate schedule in the same revenue account classification (such as a general residential 
schedule and an off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings are made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

MWh s ?Rw%er 
(9 

Line Number and I ltle ot Kate schedule Old Kevenue Average Number 
No. (a) (b) (c) (d\ 

of Cus omers 

1 440 Residential Sales 
2 Residential Service 2,353,400 116,894,189 144,285 16,311 0.049 
3 Res Svc Load Mgmt TOD 5,953 224,594 200 29,765 0.037 
4 Residential Service TOD 19 834 I 19,000 0.043' 

6 Medium General Service 1 150 0.150 
7 All Outdoor Lighting 25,616 2,930,261 0.114 

9 Total Residential 2,356,514 120,000,845 144,487 16,310 0.050 

5 Small General Service 17 -962 1 17,000 -0.0561 

8 Unbilled -28,492 -48,221 0.001 

10 
11 442 Commercial Sales 
12 Residential Service 8 437 0.054 

13 Small General Service 79,734 6,114,715 16,465 -- ~~~~~~ 

14 Medium General Service 544,481 32,004,337 10,201 
15 Medium General Service TOD 1,637 87,570 55 

16 Large General Service 540,568 24,560,120 630 
17 Quantity Power 130,179 4,201,078 15 
18 Municipal Waterworks 8,437 370,006 23 

20 All Outdoor Lighting 13,019 1,270,144 

22 Total Commercial 1,311,942 68,904,706 27,390 
23 

19 Street Lighting 55 4,974 1 

21 Unbilled -6,176 291,325 

4,843 0.076 
53,375 0.058 
29,764 0.053 

858,044 0.04E 
8,678,600 0.032 

366,826 0.04: 
55,000 0.09c 

0.09i 
-0.047 

47,899 0.05: 

24 442 industrial Sales 
25 Commercial & industrial TOD 1,893,806 54,038,977 15 126,253,733 0.021 

26 Interruptible Power 1,932 202,633 0.10r 

28 Medium General Service 43,197 2,470,665 588 73,464 0.05 
27 Small General Service 2,238 189,503 586 3,819 0.081 

29 Large General Service 262,767 11,809,447 210 1,251,271 0.041 
30 Quantity Power 730,283 25,533,752 64 11,410,672 0.03' 
31 All Outdoor Lighting 836 73,994 0.08 
32 Unbilled -4,850 247,804 -0.05 
33 Total Industrial 2,930,209 94,566,775 1,463 2,002,877 0.03 

34 
35 
-- 

38 
39 
40 

41 
42 
43 

TOTAL Billed 6,649,408 283,950,022 173,788 38,262 0.04 

TOTAL 6,609,224 284,398,078 173,788 38,03C 0.04 
Total Unbilled Rev.(See Instr. 6) -40,184 448,056 C 0 -0.01 



Name of Respendent 
I Kentueky Power Company 

U . .  i i 
SALES OF ELECTRICITY BY RATE SCHEDULES 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales for Resale which is reported on Pages 310-311. 

This R e  ort Is: Date of Report Year of Report 
(1) d A n  Original 
(2) n A Resubmission I I  

Dec. 31, 2003 (Mo, Da, Yr) 

I 

3 Medium General Service 915 52,924 19 48,158 0.0578 
4 Street Lighting 8,054 747,476 54 149,148 0.0928 
5 All Outdoor Lighting 76 11,929 0.1570 
6 Unbilled -666 -42,852 0.0643 
7 Total Public Street Lighting 10,559 925,752 448 23,569 0.0877 
8 
9 

10 
11 Instruction 5. (See Note) 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

~ - 

41 TOTAL Billed 6,649,408 283,950,022 173,788 38,262 0.0427 

43 TOTAL 6,609,224 284,398,078 173,78d 38,03C 0.0430 
42 Total Unbilled Rev.(See Instr. 6) -40,184 448,056 9 0 -0.0112 

FERC FORM NO. 1 (ED. 12-95) P a g e  304.1 

MWtl S l i n e  Number and I ltle ot Kate scnedule Old lievenue Average Number KWh ot Sales TRKYOFr 
No. (a) (b) (4 (dS Per Wtomer (9 

of Cus omers 

1 444 Public Street Lighting 



This Re ort Is: 

(2) n A  Resubmission I 1  

Date of Report 
(1) d A n  Original (Mo, Da, Yr) 

Name of Respondent 
Kentucky Powc2Company 

I U 1 I I----- SALES OF ELECTRICITY BY RATE SCHEDULES 

YearlPeriod of Report 
End of 2004IQ4 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales  for Resale which is reported on Pages 310-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page  
300-301. If the  sales under any rate schedule are classified in more than one revenue account, List the rate schedule and sales  data under each 
applicable revenue account subheading. 
3. Where the s a m e  customers a re  served under more than one rate schedule in the s a m e  revenue account classification (such as a general residential 
schedule and an off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings are  made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 

16. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 
MWh s ine Number and I ltle ot Kate schedule old Kevenue Average Number 

Y$/%OLer 
Q 

Kw%sales Per stomer of Cus  omers 
No. (a) (b) (c) (dt 

1 440 Residential Sales 
2 Residential Service 2,376,987 124,017,665 144,236 16,480 0.052: 
3 Res Svc Load Mgmt TOD 5,925 238,092 198 29,924 0.040: 
4 Small General Service 6 290 0.048: 
5 Medium General Service 8 495 0.061! 
6 All Outdoor Lighting 26,013 3,087,193 0.118 
7 Unbilled 2,422 1,638,378 0.676 
8 Total Residential 2,411,361 128,982,113 144,434 16,695 0.053 
9 

I 101 442 Commercial Sales I I I I I 
11 Small General Service 80,409 6,443,917 17,244 4,663 0.080 
12 Medium General Service 559,342 34,405,405 10,292 .54,347 0.061 
13 Medium General Service TOD 1,970 106,470 70 28,143 0.054 
14 Large General Service 556,373 26,608,440 643 865,277 0.047 
15 Quantity Power 145,756 5,128,207 17 8,573,882 0.035 
16 Street Lighting 136 15,841 1 136,000 0.116 
17 Municipal Waterworks 7,498 352,591 22 340,818 0.047 

- -  I I I 

19 Unbilled 8,095 1,149,123 0.1420 
20 Total Commercial 1,373,092 75,584,276 28,289 48,538 0.0550 
21 
22 442 Industrial Sales  
23 Small General Service 2,137 191,865 587 3,641 0.0898 
24 Medium General Service 42,778 2,550,459 591 72,382 0.0596 
25 Large General Service 251,555 12,159,245 206 1,221,141 0.0483 
26 Quantity Power 763,005 28,742,770 68 11,220,662 0.0377 
27 Commerical & Industrial TOD 2,110,058 64,931,040 14 150,718,429 0.0308 
28 All Outdoor Lighting 802 74,129 0.0924 
29 Unbilled 10,662 1,117,046 0.1048 
30 Total Industrial 3,180,997 109,766,554 1,466 2,169,848 0.0345 
31 
32 444 Public Street Lighting 
33 Small General Service 1,845 145,810 368 5,014 0.0790 
34 Medium General Service 1,037 61,794 21 49,381 0.0596 
35 Street Lighting 8,169 785,916 53 154,132 0.0962 
36 All Outdoor Lighting 79 13,286 0.1682 
37 Unbilled 14 2,789 0.1992 
38 Total Public Street Lighting 11,144 1,009,595 442 25,213 0.0906 
39 
40 Instruction 5. (See Note) 

41 TOTAL Billed 6,955,401 31 1,435,202 174,631 39,829 0.0448 

43 TOTAL 6,976,594 315,342,538 174,631 39'95 0.0452 
42 Total Unbilled Rev.(See Instr. 6) 21,193 3,907,336 0 cl 0.1844 



]Schedule Page: 304 Line No.: 6 Column: d 
Per Instruction #3 

Outdoor lighting customers served by more than one rate schedule: 

Residential 40,130 
Commercial 6,810 
Industrial 294 
Public Street & Highway 33 

bchedule Page: 304 Line No.: 18 Column: d 
Total 47 , 267 

bchedule Page: 304 Line No.: 28 Column: d 

bchedule Page: 304 Line No.: 36 Column: d 

bchedule Page: 304 Line No.: 40 Column: a 
440 Residential Fuel Clause 

Residential Service 1,563,210 
Res Svc Load Mgmt TOD 3 , 023 
Small General Service (9 )  
Medium General Service (9 )  
All Outdoor Lighting 24,780 
Unb i 1 1 e d 

Total 
1 , 598,993 
3,189 988 

442 Commercial 
Small General Service 55 
Medium General Service 43.9 
Medium General Service TOD 1 
Large General Service 
Quantity Power 
Street Lighting 
Municipal Waterworks 
All Outdoor Lighting 
Unb i 11 ed 

Total 

442 Industrial 
Small General Service 
Medium General Service 
Large General Service 
Quantity Power 
Commercial & Industrial 
All Outdoor Lighting 
Unbi 1 1 ed 

Total 

444 Public Street Lighting 
Small General Service 
Medium General Service 
Street Lighting 
All Outdoor Lighting 
Unbi 1 1 ed 

Total 

469 
1 3 5  

798 
383 
310 
192 
687 
82 

5,755 
13  , 295 

805 , 464 
1,925 , 966 

1,433 
28 , 724 

200 , 194 
675,318 

2 , 043 , 079 
754 

TOD 

707 , 276 
3,656,778 

1,463 
1,044 
7,897 

77 
2 , 076 

12  , 557 

IFERC FORM NO. 1 (ED. 12-87) Page 450.1 I 



This R e  ort Is: 
(1) d A n  Original 

N a F e  of R e q o n d e n t  
Kentucky Power Company (2) ~ J A  Resubmission 

-~ 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales for Resale which is reported on Pages 310-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the  sales under any rate schedule are  classified in more than one  revenue account, List the rate schedule and sales data under each 
applicable revenue account subheading. 
3. Where the s a m e  customers a r e  served under more than one rate schedule in the s a m e  revenue account classification (such as a general residential 
schedule and an off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be  the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings a re  made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional ievenue billed pursuant thereto. 
6. Report amount of unbilled revenue a s  of end of year for each applicable revenue account subheading. 

Date of Report YearIPeriod of Report 
(Mo, Da, Yr) End of 2005/Q4 
I !  

MWh S PRl%$Ler 
(9 

'Line Number and I ltle ot Kate schedule Old Kevenue Average Number 
of Cus omers 

No. (a) (b) ( 4  (df 
1 440 Residential Sales 
2 Residential Service 2,479,126 138,961,087 144,314 17,179 0.0561 
3 Res  Svc Load Mgmt TOD 5,997 267,886 I99 30,136 0.0441 

4 
5 
6 
7 
8 
9 

10 
11 
12 

Small General Service 13 726 0.0558 
All Outdoor Lighting 26,525 3,230,207 0.1218 
Unbilled 22,066 1,145,874 0.0519 
Total Residential 2,533,727 143,605,780 144,513 17,533 0.0567 

442 Commercial Sales 
Residential Service 3 202 0.0673 
Small General Service 73,060 6,386,999 17,283 4,227 0.0874 
Medium General Service 590,082 38,592,014 10,817 54,551 0.0654 

13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

Medium General Service TOD 2,155 129,931 75 28,733 0.0603 
Large General Service 574,485 29,806,915 650 883,823 0.0519 
Quantity Power 160,519 6,454,209 19 8,448,368 0.0402 
Street Lighting 53 6,202 1 53,000 0.1170 
Municipal Waterworks 7,179 369,769 21 341,857 0.0515 
All Outdoor Lighting 13,962 1,469,009 0.1052 

Unbilled 1,138 45,935 0.0404 

Total Commercial 1,422,636 83,261,185 28,866 49,284 0.0585 

442 Industrial Sales 
Small General Service 1,855 182,343 570 3,254 0.0983 
Medium General Service 42,201 2,701,938 595 70,926 0.0640 
Large General Service 249,708 13,509,744 209 1,194,775 0.0541 
Quantity Power 81 8, I 27 33,900,426 68 12,031,279 0.0414 
Commerical & Industrial TOD 2,231,725 77,393,386 15 148,781,667 0.0347 
All Outdoor Lighting 816 78,576 0.0963 
Unbilled -1,813 -90,245 0.0498 
Total Industrial 3,342,619 127,676,168 1,457 2,294,179 0.0382 

444 Public Street Lighting 
Small General Service 865 94,760 341 2,537 0.1095 
Medium General Service 1,055 67,075 23 45,870 0.0636 
Street Lighting 8,135 81 2,120 55 147,909 0.0998 
All Outdoor Lighting 91 14,579 0.1602 
Unbilled -1 12 -7,148 0.0638 
Total Public Street Lighting 10,034 981,386 419 23,947 0.0978 

Instruction 5. (See Note) 

41 
42 
43 

TOTAL Billed 7,287,737 354,430,103 175,255 41,584 0.0486 

TOTAL 7,309,016) 355,524,519 175,255 41,709 0.0486 
Total Unbilled Rev.(See Instr. 6) 21,279, 1,094,416 C 0 0.0514 



Name of Respondent 

/Schedule Page: 304 Line No.: 6 Column: d 
Per Instruction #3 

Outdoor lighting customers served by more than one rate schedule: 

Residential 40,725 
Commercial 6 I 939 
Industrial 282 
Public Street & Highway 32 

Total 47 I 978 
\Schedule Page: 304 Line No.: 18 Column: d 

bchedule Page: 304 Line No.: 28 Column: d 

/Schedule Page: 304 Line No.: 36 Column: d 1 

This Report is: Date of Report YearlPeriod of Report 
(1) X An Original . (Mo, Da, Yr) 

pchedule Page: 304 Line No.: 40 Column: a 
440 Residential Fuel Clause 

Residential Service 
Res Svc Load Mgmt TOD 
Small General Service 
All Outdoor Lighting 
Unbilled 

Total 

442 Commercial 
Residential Service 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
Street Lighting 
Municipal Waterworks 
All Outdoor Lighting 
Unbilled 

Total 

442 Industrial 
Small General Service 
Medium General Service 
Large General Service 
Quantity Power 
Commercial & Industrial TOD 
All Outdoor Lighting 
Unbilled 

Total 

8,438,915 
20,512 

81 
92.013 

(6781656) 
7,872,865 

7 
250,720 

1,989,405 
7,328 

1,949,775 
543,916 

224 
24,539 
48,485 

(378,3051 
4,436,094 

6,424 
144,491 
866,859 

2,811,927 
7,054,608 

2,825 
(346,065) 

10,541,069 

IFERC FORM NO. 1 (ED. 12-87) Page 450.1 1 



444 Public Street Lighting 
Small General Service 3,153 
Medium General Service 3,670 
Street Lighting 28,843 
All Outdoor Lighting 31 1 
Unbilled . (I ,350) 

34,627 Total 

~FERC FORM NO. II (ED. 12-87) Page 450.2 I 



Name of Respondent This R e  ort Is: Date of Report YearIPeriod of Report 
Kentucky Power Company End of 20061Q4 (1) d A n  Original (Mo, Da, Yr) 

(2) u A  Resubmission 1 1  
SALES O F  ELECTRICITY BY RATE SCHEDULES 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales  for Resale which is reported on Pages  310-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the sales  under any rate schedule are  classified in more than one revenue account, List the rate schedule and sales data under each 
applicable revenue account subheading. 
3. Where the s a m e  customers a re  served under more than one  rate schedule in the s a m e  revenue account classification (such as a general residential 
schedule and a n  off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings a re  made monthly). 
5. For any rate schedule having a fuel adjustment clause s ta te  in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

l i n e  Number and 1 itle ot Kate schedule Old Kevenue Average Number 
of Cus omers 

MWh S T$I?YOP' 
0 Per  stomer ""% Sa'eS No. (a) (b) (c) (dS 

1 440 Residential Sales 
2 Residential Service 2,398,884 152,024,371 144,247 16,630 0.0634 
3 Res  Svc Load Mgmt TOD 5,696 296,504 200 28,480 0.0521 
4 Small General Service 1 153 0.1530 
5 All Outdoor Lighting 27,046 3,772,359 0.1395 

7 Total Residential 2,409,237 156,547,007 144,447 16,679 0.0650 
8 
9 442 Commercial Sales  

6 Unbilled -22,390 453,620 -0.0203 

10 Residential Service 2 160 0.0800 
11 Small General Service 103,038 9,587,264 19,946 5,166 0.0930 
12 Medium General Service 537,820 39,560,964 8,558 62,844 0.0736 
13 Medium General Service TOD 2,140 143,686 74 28,919 0.0671 
14 Large General Service 567,063 34,273,859 666 851,446 0.0604 
15 Quantity Power 168,487 7,640,851 19 8,867,737 0.0453 
16 Municipal Waterworks 7,014 41 1 ,I 75 20 350,700 0.0586 
17 All Outdoor Lighting 14,274 1,628,925 0.1141 
18 Unbilled -7,605 41 1,741 -0.0541 
19 Total Commercial 1,392,233 93,658,625 29,283 47,544 0.0673 
20 
21 442 Industrial Sales 
22 Small General Services 3,711 347,821 728 5,098 0.0937 
23 Medium General Services 36,793 2,673,080 444 82,867 0.0727 
24 Large General Services 218,021 13,554,767 202 1,079,312 0.0622 
25 Quantity Power 778,676 35,427,158 70 1 1,123,943 0.0455 
26 Commercial & Industrial TOD 2,273,526 88,176,189 17 133,736,824 0.0388 
27 All Outdoor Lighting 872 89,978 0.1032 

29 Total Industrial Sales  3,311,180 140,627,107 1,461 2,266,379 0.0425 

30 
31 444 Public Street Lighting 
32 Small General Service 591 86,063 310 1,906 0.1456 
33 Medium General Service 900 63,454 15 60,000 0.0705 
34 Street Lighting 8,231 935,410 55 149,655 0.1136 
35 All Outdoor Lighting 95 15,882 0.1672 
36 Unbilled -8 872 -0.1090 
37 Total Public Street Lighting 9,809 1 ,I 01,681 380 25,813 0.1123 

38 
39 
40 Instruction 5. (See Footnote) 

28 Unbilled -419 358,114 -0.8547 

41 TOTAL Billed 7,152,881 390,710,073 175,571 40,741 0.0546 

43 TOTAL 7,122,459) 391,934,420 175,571 40,56 0.0550 
42 Total Unbilled Rev.(See Instr. 6) -30,422 1,224,347 C 9 -0.0402 

FERC FORM NO. 1 (ED. 12-95) Page 304 



]Schedule Page: 304 Line No.: 5 Column: d I 
Per Instruction #3 

Outdoor Lighting customers served by more than one rate schedule: 

Residential 41,297 
Commercial 7,025 
Industrial 283 
Public Street & Highway 33 

Total 48,638 

[Schedule Page: 304 Line No.: f 7  Column: d I 
bchedule Page: 304 Line No.: 27 Column: d 

ISchedule Page: 304 Line No.: 35 Column: d 

[Schedule Page: 304 Line No.: 40 Column: a 
440 Residential Fuel Clause 

Residential Service 4,336,521 
Res Svc Load Mgmt TOD 10,556 
Small General Service 2 
All Outdoor Lighting 42,766 
Unbilled (255,434) 

Total 4,134,411 

442 Commercial 
Residential Service 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
Municipal Waterworks 
All Outdoor Lighting 
Unbilled 

Total 

5 
176,859 
962,192 

4,045 
979,081 
293,678 

12,457 
22,587 

(1 1 1,570) 
2,339,334 

442 Industrial 
Small General Service 6,829 
Medium General Service 64,757 
Large General Service 376,078 

Commercial & Industrial TOD 3,889,574 
All Outdoor Lighting 1,350 
Unbilled (76 , 670 ). 

Total 5,659,863 

Quantity Power 1,397,945 

IFERC FORM NO. 1 (ED. 12-87) Page 450.1 I 



c 

444 Public Street Lighting 
Small General Service 
Medium General Service 
Street Lighting 
All Outdoor Lighting 
Unbilled 

Total 

1,012 
1,640 
13,053 

152 
(148) 

15,709 

IFERC FORM NO. 1 (ED. 12-87) Page 450.2 I 



Name of Raspondent This Re ort Is: Date of Report 
Kentucky Power Company 

(1) d A n  Original (Mo, Da, Yr) 
(2) A Resubmission 1 1  

YearIPeriod of Report 
End of 20071Q4 

MWh 5 ine Number and 1 ltle 01 Kate schedule Old 

(a) (b) m 
Revenue Average Number 

of Cus  omers IC) Id\ 
1 
2 
3 

440 Residential Safes 
Residential Service 2,474,422 164,274,744 144,010 17,182 0.066 
Res  Service Load Management 5,658 312,284 196 28,867 0.055 

I 141 Residential Service I 31 1971 I I 0.06! 

51 Small General Service 61 535) I I 0.08s 
6 
7 
8 

Medium General Service 2 167 0.083 
All Outdoor Lighting 27,208 3,980,159 0.14E 
Enviromental Surcharge -79,019 

9 
10 
11 
12 
13 

Subtotal Billed 2,507,357 168,492,874 144,207 17,387 0.067 
Unbilled Revenue -22,792 -1,674,588 0.07: 
Total Residential 2,484,565 166,818,286 144,207 17,229 0.067 

442 Commercial Sales 

I 

17 Medium General Service TOD 2,318 161,648 75 30,907 0.0697 
18 Large General Service 590,871 37,302,569 677 872,778 0.0631 
19 Quantity Power 174,425 8,084,847 I 9  9,180,263 0.0464 
20 Municipal Waterworks 7,303 446,221 20 365,150 0.061 1 
21 All Outdoor Lighting 14,684 1,716,589 0.1169 

23 Estimated Revenue -74 -4,230 0.0572 
24 Subtotal Billed 1,452,400 100,060,344 29,687 48,924 0.0689 
25 Unbilled Revenue -6,591 -588,932 0.0894 
26 Total Commercial 1,445,809 99,471,412 29,687 48,702 0.0688 
27 
28 442 Industrial Sa les  
29 Small General Service 4,792 430,409 780 6,144 0.0898 
30 Medium General Service 36,992 2,757,420 381 97,092 0.0745 
31 Large General Service 203,798 13,086,215 188 1,084,032 0.0642 
32 Quantity Power 755,771 35,740,840 71 10,644,662 0.0473 
33 Commercial & Industrial TOD 2,078,045 83,360,301 16 129,877,813 0.0401 
34 All Outdoor Lighting 994 105,495 0.1061 

36 Estimated Revenue 101,292 3,650,138 0.0360 
37 Subtotal Billed 3,181,684 139,073,752 1,436 2,215,657 0.0437 

0.0554 38 Unbilled ~~ Revenue ~ -7,637 -422,886 
39 Total Industrial 3,174,047 138,650,866 1,436 2,210,339 0.0437 
40 

22 Enviromental Surcharge -58,261 

35 Enviromental Surcharge -57,066 

~~ ~~~ 

41 TOTAL Billed 7,151,457 408,783,539 175,705( 40,701 0.0572 

43 TOTAL 7,114,506 406,102,663 175,70 40,491 0.0571 
42 Total Unbilled Rev.(See Instr. 6) -36,951 -2,680,876 c( C 0.0726 

FERC FORM NO. 1 (ED. 12-95) Page 304 

15 
16 

Small General Service 125,611 11,518,592 21,317 5,893 0.09' 
Medium General Service 537,259 40,892,172 7.579 70,888 0.07f 



Name of Respondent This Re ort Is: Date of Report 
ientucky 'Power Company 

(1) d A n  Original (Mo, Da, Yr) 
(2) [-1A Resubmission I 1  

;ALES OFELECTRICITY BY RATE S~HEDULES 
I 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales  for Resale which is reported on Pages 310-31 1, 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the sales under any rate schedule are  classified in more than one revenue account, List the rate schedule and sales data under each 
applicable revenue account subheading. 
3. Where the s a m e  customers a r e  served under more than one rate schedule in the s a m e  revenue account classification (such as a general residential 
schedule and a n  off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be  the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings are  made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

YearlPeriod of Report 
End of 20071Q4 

No. 
1 

MWh S T?R:Y0Vr 
(9 of Cus omers 

(a) (b) ( 4  (dS 
444 Public Street Lighting 

31 Medium General Service 9641 70,8921 131 74,1541 0.073! 

I I I I I 

4 
5 
6 

Street Lighting 8,247 973,444 . 55 149,945 0.1181 
All Outdoor Lighting 96 16,335 0.170: 
Enviromental Surcharae -733 

7 
8 
9 

10 
11 
12 
I 3  

Subtotal Billed 10,016 1,156,569 375 26,709 0.115 
Unbilled Revenue 69 5,530 0.080 
Total Public Street Lighting 10,085 1,162,099 375 26,893 0.115 

Instruction 5. (See Footnote) 

17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

41 
42 
43 

FERC 

TOTAL Billed 7,151,457 408,783,539 175,705 40,701 0.0572 

TOTAL 7,114,506 406,102,663 175,705 40,491 0.0571 
Total Unbilled Rev.(See Instr. 6) -36,951 -2,680,876 C 0 0.0726 

FORM NO. I (ED. 12-95) Page 304.1 



bchedule Page: 304 Line No.: 7 Column: d I 
Per Instruction #3 

Outdoor Lighting customers served by more than one rate schedule: 

Residential 41,292 
Commercial 7,101 
Industrial 280 
Public Street & Highway 34 

Total 48,707 
(Schedule Page: 304 Line No.: 21 Column: d 1 
bchedule Page: 304 Line No.: 34 Column: d 

bchedule Page: 304.1 Line No.: 5 Column: d 

/Schedule Page: 304.f Line No.: 11 Column: a 
440 Residential Fuel Clause 

Residential Service 3,652,713 
Res Service Load Management 8,695 
Residential Service TOD 76 
Small General Service 12 
Medium General Service (1) 
All Outdoor Lighting 34,101 
Unbilled (980,170) 

Total 2,715,426 

442 Commercial 
Enviromental Surcharge 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
Municipal Waterworks 
All Outdoor Lighting 
Estimated 
Unbilled 

Total 

442 Industrial 
Small General Service 
Medium General Service 
Large General Service 
Quantity Power 
Commercial & Industrial TOD 
All Outdoor Lighting 
Estimated 
Unbilled 

Total 

- 
179,511 
764,439 

3,413 
803,644 
241,280 

10,43 1 
18,230 

(145) 
(479,993) 

1,540,810 

6,823 
52,519 

278,075 
1,052,651 
3,101,872 

1,224 
197,291 

(407,281) 
4,283,174 

IFERC FORM NO. 1 (ED. 12-87) Page 450.1 I 



h 

444 Public Street Lighting 
Small General Service 
Medium General Service 
Street Lighting 
All Outdoor Lighting 
Unbilled 

Total 

957 
1,273 

10,342 
119' 

(936) 
11,755 



This R e  ort Is: 
(1) d A n  Original 

Name of Respondent 
Kentucky Pow$r Company (2) [ z ~ A  Resubmission 

I 11 440 Residential Sales I I I I I 

Date of Report YearlPeriod of Report 
(Mo, Da, Yr) End of 20081Q4 

1 1  

~ ~ ~~ ~ 

21 Residential Service 2,461,3281 183,691,832( 143,9951 17,0931 0.074 
31 R e s  Service Load Management 3,4501 205,4641 1091 31,6511 0.059 

I 

Line Number and I itle ot Kate schedule 
No. (a\ 

MWh s Old Kevenue Average Number KW h ot Sales  
of Cus omers Per  i&stomer WIYOLer cn (b) (C) Id\ 

4 
5 
6 

Residential Service TOD 70 5,126 1 70,000 0.073 
Small General Service 
Medium General Service 

7 
8 
9 

10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 

39 
40 

38 

41 
42 
43 

FERC 

AFOutdoor Lighting 27,342 4,273,338 0.156 
Mark West  HC 
Metering Adjustment 79,019 
Subtotal Billed 2,492,190 188,254,779 144,105 17,294 0.0755 
Unbilled Revenue -1 1,021 1,678,846 -0.1523 
Total Residential 2,481,169 189,933,625 144,105 17,218 0.0766 

442 Commercial Sales 
Residential Service 36 
Small General Service 128,544 12,913,142 21,436 5,997 0.1005 
Medium General Service 519,847 44,167,984 7,478 69,517 0.0850 
Medium General Service TOD 2,346 180,730 75 31,280 0.0770 
Large General Service 591,731 42,751,042 700 845,330 0.0722 
Quantity Power 177,028 9,653,289 20 8,851,400 0.0545 
Municipal Waterworks 
All Outdoor Lighting 15,038 1,904,877 0.1267 
Mark West  HC 7,840 545,004 20 392,000 0.0695 
Estimated Revenue 72 5,586 1 72,000 0.0776 
Metering Adjustment 58,261 
Subtotal Billed 1,442,446 112,179,951 29,730 48,518 0.0778 

Total Commercial 1,428,742 112,339,794 29,730 48,057 0.0786 

442 Industrial Sales  
Small General Service 5,278 508,423 791 6,673 0.0963 
Medium General Service 37,482 3,089,269 362 103,541 0.0824 
Large General Service 198,444 14,649,192 197 1,007,330 0.0738 
Quantity Power 797,143 44,013,236 66 12,077,924 0.0552 
Commercial & Industrial TOD 2,290,486 107,597,445 16 143,155,375 0.0470 
All Outdoor Lighting 988 114,405 0.1158 
Mark West  HC 

Metering Adjustment 57,066 
Subtotal Billed 3,325,257 171,902,977 1,432 2,322,107 0.0517 

Unbilled Revenue -13,704 159,843 -0.01 17 

Estimated Revenue -4,564 1,873,941 -0.4106 

TOTAL Billed 7,270,188 473,622,695 175,646 41,391 0.0651 

TOTAL 7,241,90 476,235,627 175,644 41,23 0.0658 
Total Unbilled Rev.(See Instr. 6) -28,2861 2,612,932 c4 C -0.0924 

FORM NO. 1 (ED. 12-95) Page 304 



Name of Respondent 
Kentvcky Pobpr Company 

This Re ort Is: 
(1) &An Original 
(2) 0 A  Resubmission 

Date of Report 
(Mo, Da, Yr) 

YearIPeriod of Report 
End of 20081Q4 

I 1  

No. 
1 

MWh S WR%:Ler 
(0 

Average Number 
of Cus omers 

Revenue 

-0.222. 
(a) (b) (c) (4 

Unbilled Revenue -3,497 777,811 

31 I I I 
4 
5 
6 

444 Public Street Lighting 
Small General Service 756 107,262 310 2,439 0.141 
Medium General Service 923 75,263 12 76,917 0.081 

81All Outdoor Lightinn 991 17,6951 0.178 
9 

10 
11 

Mark West  HC 
Metering Adjustment 732 
Subtotal Billed 10,295 1,284,988 379 27,164 0.124 

12 Unbilled Revenue -64 -3,568 0.0558 
13 Total Public Street Lighting 10,231 1,281,420 379 26,995 0.1252 
14 
15 Instruction 5. (See  Footnote) 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

~~ ~~ - 

41 TOTAL Billed 7,270,188 473,622,695 175,646 41,391 0.0651 

43 TOTAL 7,241,90q 476,235,627 175,6461 41,23q 0.0658 
42 Total Unbilled Rev.(See Instr. 6) -28,289 2,612,932 q 0 -0.0924 

FERC FORM NO. 1 (ED. 12-95) Page 304.1 



/Schedule Page: 304 Line No.: 7 Column: d 
Per Instruction #3 

Outdoor Lighting customers served by more than one rate schedule: 

Residential 41,347 
Commercial 7,224 
Industrial 273 
Public Street & Highway 35 

Total 48,879 

\Schedule Page: 304 Line No.: 22 Column: d 

ISchedule Page: 304 Line No.: 36 Column: d 1 
pchedule Page: 304.7 Line No.: 8 Column: d 

ISchedule Page: 304.7 Line No.: 75 Column: a 
440 Residential Fuel Clause 

Residential Service 
Res Service Load Management 
Residential Service TOD 
All Outdoor Lighting 
Unbilled 

Total 

442 Commercial 
Residential Service 
Mark West HC 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
All Outdoor Lighting 
Estimated 
Unbilled 

Total 

442 Industrial 
Small General Service 
Medium General Service 
Large General Service 
Quantity Power 
Commercial & Industrial TOD 
All Outdoor Lighting 
Estimated 
Unbilled 

Total 

444 Public Street Lighting 
Small General Seivice 

10,805,466 
14,135 

336 
140,253 

2,487,796 
13,447,986 

4 
35,178 

586,286 
2,428,357 

10,761 
2,794,029 

860,779 
77,340 

1,215 
1,143,762 
7,937,711 

25,855 
159,903 
937,254 

3,838,296 
9,439,623 

5,117 
1,533,205 
1,059,339 

16,998,592 

3,645 

IFERC FORM NO. 1 (ED. 42-87) Page 450.1 1 



MWh S 9m YOP 
(9 

KW%Sa'eS Per stomer 
-Line Number and I itle 01 Kate schedule Old Kevenue Average Number 

of Cus omers 
No. (a) (b) (c) (d\ 
I 440 Residential Sales 
2 Residential Service 2,397,984 189,410,883 143,519 16,708 0.079 
3 Res  Service Load Management 3,262 21 1,028 108 30,204 0.064 

I 4 Residential Service TOD 41 3,185 1 41,000 0.077 

U . ,  I I 
SALES OF ELECTRICITY BY RATE SCHEDULES 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date  for Sales for Resale which is reported on Pages 31 0-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the sales  under any rate schedule are  classified in more than one  revenue account, List the rate schedule and sales  data under each 
applicable revenue account subheading. 
3. Where the s a m e  customers are served under more than one rate schedule in the s a m e  revenue account classification (such as a general residential 
schedule and an off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. T h e  average number of customers should be the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings are  made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

Name of Respondent This Re ort Is: Date of Report 
Kentucky Power Company 

(1) d A n  Original (Mo, Da, Yr) 
(2) n A  Resubmission I I  

YearlPeriod of Report 
End of 2009lQ4 

5 
6 
7 
8 
9 

Small General Service 2 155 0.077 
Medium General Service 9 874 0.097 
All Outdoor Lighting 27,255 4,356,200 0.159 
Mark West HC 
Meterinu Adiustment 

I 141 442 Commercial Sales I I I I I 

10 
11 
12 
1.1 

Subtotal Billed 2,428,553 193,9a2,325 143,628 16,909 0.079 
Unbilled Revenue -2,941 -1,719,801 0.584 
Total Residential 2,425,612 192,262,524 143,628 16,888 0.07s 

15 
16 
17 
18 
19 

Residential Service 2 352 0.17E 
Small General Service 129,873 13,649,694 21,440 6,058 0.10: 
Medium General Service 516,939 46,018,911 7,319 70,630 0.085 
Medium General Service TOD 3,483 277,368 80 43,538 0.072 
Larue General Service 569,693 43,476,743 676 842,741 0.07t 

20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

41 
42 
43 

FERC 

Quantity Power 174,489 10,038,489 19 9,183,632 0.051 
Municipal Waterworks 

Mark West HC 7,926 583,925 20 396,300 0.07: 
Estimated Revenue 196 12,417 1 196,000 0.06: 
Metering Adjustment 

All Outdoor Lighting 15,025 1,952,006 0.12! 

Subtotal Billed 1,417,626 116,009,905 29,555 47,966 0.0818 
Unbilled Revenue 8,638 -43,632 -0.0051 
Total Commercial 1,426,264 115,966,273 29,555 48,258 0.0813 

442 Industrial Sales 
Small General Service 5,612 555,409 813 6,903 0.0990 
Medium General Service 34,902 3,028,437 353 98,873 0.0868 
Large General Service 175'1 82 13,662,594 185 946,930 0.0780 
Quantity Power 723,877 44,581,628 68 10,645,250 0.0616 
Commercial & Industrial TOD 2,348,613 121,981,569 18 130,47a,500 0.0519 
All Outdoor Lighting 1,015 120,392 0.1186 
Mark West HC 
Estimated Revenue -89,335 -5,153,254 1 -89,335,000 0.0577 
Metering Adjustment 
Subtotal Billed 3,199,866 178,776,775 1,438 2,225,220 0.0559 

TOTAL Billed 7,056,283 490,083,641 174,994 40,323 0.0695 

TOTAL 7,068,45q 487,997,590 174,994 40,394 0.0690 
Total Unbilled Rev.(See Instr. 6) 12,174 -2,086,051 0 ol -0.1714 

FORM NO. 1 (ED. 12-95) Page 304 



Name of Respondent 
Kentucky Power Company 

This Re ort Is: 
(1) &An Original 
(2) A Resubmission 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date  for Sales  for Resale which is reported on Pages  310-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the sales under any rate schedule a re  classified in more than one revenue account, List the rate schedule and sales data under each 
applicable revenue account subheading. 
3. Where the s a m e  customers are served under more than one rate schedule in the s a m e  revenue account classification (such a s  a general residential 
schedule and an off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be  the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings are made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

Date of Report YearlPeriod of Report 
(Mo, Da, Yr) End of 2009lQ4 

/ I  

MWh S 
Per  stomer Kw%Sa'es 

Line Number and I itle ot Kate schedule Old Revenue Average NUmber 
No. (a) (b) (c) (d\ 

of Cus omers 

1 Unbilled Revenue 6,446 -324,068 
2 Total Industrial 3,206,312 178,452,707 1,438 2,229,702 
3 
4 444 Public Street Lighting 
5 Small General Service 787 112,061 307 2,564 
6 Medium General Service a53 72,955 10 85,300 
7 Street Lighting 8,497 1 ,I 11,269 56 151,732 
8 All Outdoor Lighting 101 18,351 
9 Mark West  HC 

10 Metering Adjustment 
11 Subtotal Billed 10,238 1,314,636 373 27,448 
12 Unbilled Revenue 30 1,450 
13 Total Public Street Lighting 10,268 1,316,086 373 27,528 
14 
15 Instruction 5. (See Footnote) 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 

WI%ZP 
(9 

-0.050 
0.055 

0.14; 
0.08: 
0.13C 
0.181 

0.12t 
0.04t 
0.121 

I 

27 
28 
29 
30 
31 
32 
33 
34 
35 
36 

38 I 
39 
40 I 

- ~ ~ 

37 I 

41 TOTAL Billed 7,056,283 490,083,641 174,994 40,323 0.0695 

43 TOTAL 7,068,456 487,997,590 174,994 40,394 0.0690 
42 Total Unbilled Rev.(See Instr. 6) 12,173 -2,086,051 ol 9 -0.1714 

FERC FORM NO. 1 (ED. 1285) Page  304.1 
1 



lSchedule Page: 304.1 Line No.: 75 Column: e 

FUEL CLAUSE 

440 Residential 
Residential Service 1 1,842,244 
Res  Service Load Management 16,569 
Residential Service TOD 353 
Small General Service 11 
Medium General Service 96 
All Outdoor Lighting 106,227 
Unbilled. (2,612,728) 

Total Residential 9,352,772 

442 Commercial 
Residential Service 
Mark West  HC 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
All Outdoor Lighting 
Estimated 
Unbilled 

Total Commercial 

(12) 
37,090 

631,146 
2,473,795 

13,318 
2,642,566 

795,549 
58,775 
(2,666) 

(1,214,893) 
5,434,668 

442 Industrial 
Small General Service 27,447 
Medium General Service 159,964 
Large General Service 817,668 
Quantity Power 3,392,799 
Commercial & Industrial TOD 1 1,957,901 

Estimated (1,819,740) 
Unbilled (1,150,749) 

Total Industrial 13,389,264 

All Outdoor Lighting 3,974 

444 Public Street Lighting 
Small General Service 
Medium General Service 
Street Lighting 
All. Outdoor Liahtina 

3,638 
3,677 

32,754 
391 - -  

Unbilled (2,377) 
Total Public Street Light 38,083 

TOTAL FUEL CLAUSE 28,214,787 

~FERC FORM NO. 1 (ED. 12-87) Page 450.1 1 



This R e  ort Is: Date of Report YearIPeriod of Report 
(1) d A n  Original End of 20101Q4 (Mo, Da, Yr) 

Name of Respondent 
Kentqcky Power Company (2) [ 7 A  Resubmission I 1  

SALES OF ELECTRICITY BY RATE SCHEDULES 

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date for Sales  for Resale which is reported on Pages 31 0-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the sales under any rate schedule are  classified in more than one revenue account, List the rate schedule and sales  data under each 
applicable revenue account subheading. 
3. Where the same customers a r e  served under more than one rate schedule in the s a m e  revenue account classification (such a s  a general residential 
schedule and a n  off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings are  made monthly). 
5. For any rate schedule having a fuel adjustment clause s ta te  in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

MWtl s Line Number and I ltle ot Kate schedule old Kevenue Average NumDer v8~%%Ler 
(9 

Kw%sales Per  stomer of Cus omers 
No. (a) (b) (c) (dS 

1 440 Residential Sales  

3 Res  Service Load Management 3,217 224,968 103 31,233 0.069s 
2 Residential Service 2,551,546 214,587,698 142,864 17,860 0.084, 

4 Residential Service TOD 6 598 1 6,000 0.099: 
5 Small General Service 66 5,157 3 22,000 0.078, 

1 21 Estimated Revenue 274 20,634 1 274,000 0.0753 
22 Subtotal Billed I ,458,922 I 27,168,759 29,791 48,972 0.0872 

24 Total Commercial 1,468,960 129,946,413 29,791 49,309 0.0885 
23 Unbilled Revenue 10,038 2,777,654 0.2767 

25 
26 442 Industrial Sa les  
27 Small General Service 5,806 608,444 a12 7,150 0.1048 

6 
7 
8 
9 

10 

Medium General Service 5 
All Outdoor Lighting 27,191 4,769,228 0.1751 
Subtotal Billed 2,582,026 219,587,654 142,971 18,060 0.0851 
Unbilled Revenue 31,484 6,349,960 0.201' 
Total Residential 2,613,510 225,937,614 142,971 18,280 0.086. 

I 391 I I I I I I 

11 
12 
13 
14 
15 
16 
17 
18 
19 
20 

442 Commercial Sales 
Residential Service 2 131 0.065 
Small General Service I 38,515 I 5,408,978 21,807 6,352 0.1 11 
Medium General Service 532,181 50,521,127 7,182 74,099 0.094 
Medium General Service TOD 4,461 374,067 a3 53,747 0.083 
Large General Service 585,773 47,884,878 682 858,905 0.081 
Quantity Power 1 76,100 10,349,441 20 8,ao5,000 0.058 
All Outdoor Lighting 15,115 2,113,936 0.139 
Mark West  HC 6,501 495,567 16 406,313 0.076 

FERC FORM NO. 1 (ED. 12-95) Page 304 

28 Medium General Service 33,591 3,128,353 359 93,568 0.0931 
29 Large General Service 178,564 14,224,181 169 1,056,592 0.0797 
30 Quantity Power 666,517 42,152,431 67 9,948,015 0.0632 
31 Commercial & Industrial TOD 2,262,704 I 17,047,855 18 125,705,778 0.0517 
32 All Outdoor Lighting 987 125,009 0.1267 
33 Estimated Revenue 103,616 5,263,806 1 103,616,000 0.0508 
34 Subtotal Billed 3,251,785 182,550,079 1,426 2,280,354 0.0561 
35 Unbilled Revenue 3,946 1,193,059 0.3023 
36 Total Industrial 3,255,731 I 83,743'1 38 1,426 2,283,121 0.0564 

~ - - _. 

~ - 
40 

41 TOTAL Billed 
42 
43 TOTAL 

Total Unbilled Rev.(See Instr. 6) 
7,303,047 530,751,898 174,579 41,832, 0.0727 

7,348,52q 541,079,466 174,574 42,09q 0.0736 
45,484 10,327,568 d id 0.2271 



Name of Respondent 
Kentycky Power Company 

This Re ort Is: Date of Report YearlPeriod of Report 
( I )  d A n  Original (Mo, Da, Yr) End of 2010/Q4 
(2) D A  Resubmission i i  

if all billings a re  made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 

MWh S Line NumDer and I ltle ot Kate schedule Old Kevenue Average Number 
of Cus  omers Yai%\:v 

K2f$;kEr (0 No. (a) (b) ( 4  (4 
1 444 Public Street Lighting 
2 Small General Service 796 122,182 324 2,457 0.1535 
3 Medium General Service 914 84,176 11 83,091 0.0921 
4 Street Lighting 8,501 1,218,562 56 151,804 0.1433 
5 All Outdoor Lighting 103 20,486 0.1989 
6 Subtotal Billed 10,314 1,445,406 391 26,379 0.1401 
7 Unbilled Revenue 14 6,895 0.4925 
8 Total Public Street Lighting 10,328 1,452,301 391 26,414 0.1406 
9 

10 Instruction 5. (See Footnote) 
11 

14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 

41 
42 
43 

FERC 
t .  

TOTAL Billed 7,303,047 530,751,898 174,579 41,832 0.0727 
Total Unbilled Rev.(See Instr. 6) 45,484 10,327,568 
TOTAL 7,348,529) 541,079,466 174,579) 42,094 0.0736 

4 0.2271 

FORM NO. 1 (ED. 12-95) P a g e  304.1 



(Schedule Page: 304.f Line No.: I O  Column: a 
FUEL CLAUSE 

440 Residential 
Residential Service (4,252,335) 
Res Service Load Management (5,275) 
Residential Service TOD (10) 
Small General Service 166 
All Outdoor Lighting (49,955) 
Unbilled 615,704 

Total Residential (3,691,705) 

442 Commercial 
Residential Service 
Mark West HC 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
All Outdoor Lighting 
Estimated 

(3) 
(1 0,399) 

(241,385) 
(932,461 ) 

(7,656) 
(1,048,895) 

(322,97 1 ) 
(27,587) 

1,274 
Unbilled 3181177 

Total Commercial (2,271,906) 

442 Industrial 
Small General Service 
Medium General Service 
Large General Service 
Quantity Power 
Commercial & Industrial TOD 
All Outdoor Lighting 
Estimated 

(1 0,036) 
(58,674) 

(3 14,049) 
(1 ,I 15,688) 
(4,294,509) 

37,696 
(1,795) 

Un billed 297,717 
Total Industrial (5,459,338) 

444 Public Street Lighting 
Small General Service (1,067) 
Medium General Service (1,438) 
Street Lighting (1 6,119) 
All Outdoor Lighting (1 89) 
Unbilled 665 

(1 8,148) 

TOTAL FUEL CLAUSE (1 1,441,097) 

Total Public Street Light 

IFERC FORM NO. 1 (ED. 12-87) Page 450.1 I 



This Re ort Is: 

(2) n A Resubmission 1 1  

Date of Report 
(1) [IlljAn Original (Mo, Da, Yr) 

Name of Respondent 
Kentacky Pow% Company 

U . .  I I 
SALES OF ELECTRICITY BY RATE SCHEDULES I 

YearlPeriod of Report 
End of 201 1/Q4 

13 
14 
15 
16 
17 
18 
19 
20 
21 
22 

I 

Medium General Service 498,145 53,270,712 7,070 70,459 0. $069 
Medium General Service TOD 4,366 414,823 80 54,575 0.0950 
Large General Service 576,975 53,573,804 714 808,088 0.0929 
Quantity Power 169,956 10,879,704 20 8,497,800 0.0640 
All Outdoor Lighting 15,177 2,330,301 0.1535 
Mark West  HC 5,026 438,725 13 386,615 0.0873 
Estimated Revenue 2,764 227,680 0.0824 
Subtotal Billed 1,406,695 138,063,435 29,964 46,946 0.0981 
Unbilled Revenue -25,988 -2,546,029 0.0980 
Total Commercial 1,380,707 135,517,406 29,964 46,079 0.0982 

23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 

442 Industrial Sales 
Small General Service 5,453 649,806 794 6,868 0.1192 
Medium General Service 29,435 3,131,854 350 84,100 0.1064 
Large General Service 176,066 15,762,936 178 989,135 0.0895 
Quantity Power 690,700 47,770,954 67 10,308,955 0.0692 
Commercial & Industrial TOD 2,477,386 135,176,822 l a  137,632,556 0.0546 
All Outdoor Lighting 947 132,117 0.1395 
Estimated Revenue -1 17,663 -5,894,005 -1 117,663,000 0.0501 
Subtotal Billed 3,262,324 196,730,484 1,406 2,320,287 0.0603 
Unbilled Revenue -12,433 -866,875 0.0697 
Total Industrial 3,249,891 195,863,609 1,406 2,311,445 0.0603 

36 
37 
38 
39 
40 

41 
42 
43 

TOTAL Billed 7,088,589 568,845,163 173,641 40,823 0.0802 
Total Unbilled Rev.(See Instr. 6) -105,4261 -9,676,073 0.0918 
TOTAL 6,983,16 559,169,090 173,641 40,214 0.0801 

,. ,. 



Name of Respondent 
KenBcky Power Company 

This Re ort Is: 

(2) n A Resubmission 
(1) $An Original 

t -  u I I t SALES OF ELECTRICITY BY RATE SCHEDULES 

Date of Report YearlPeriod of Report 
(Mo, Da, Yr) End of 201 llQ4 
I I  

1. Report below for each rate schedule in effect during the year the MWH of electricity sold, revenue, average number of customer, average Kwh per 
customer, and average revenue per Kwh, excluding date  for Sales for Resale which is reported on Pages 31 0-31 1. 
2. Provide a subheading and total for each prescribed operating revenue account in the sequence followed in "Electric Operating Revenues," Page 
300-301. If the  sales under any rate schedule are classified in more than one  revenue account, List the rate schedule and sales data under each 
applicable revenue account subheading. 
3. Where the same customers are  served under more than one rate schedule in the s a m e  revenue account classification (such a s  a general residential 
schedule and a n  off peak water heating schedule), the entries in column (d) for the special schedule should denote the duplication in number of reported 
customers. 
4. The average number of customers should be  the number of bills rendered during the year divided by the number of billing periods during the year (12 
if all billings a re  made monthly). 
5. For any rate schedule having a fuel adjustment clause state in a footnote the estimated additional revenue billed pursuant thereto. 
6. Report amount of unbilled revenue as of end of year for each applicable revenue account subheading. 
ine I Number and I itle ot Kate schedule I MWh S Old I Revenue I AveraaeNumber I 

-- 
36 
37 
38 
39 
40 

41 
42 
43 

I 21 Small General Service I 7461 132,5191 . 

TOTAL Billed 7,088,589 568,845,163 173,641 40,823, 0.0802 
Total Unbilled Rev.(See Instr. 6) -1 05,4261 -9,676,073 C CI 0.0918 
TOTAL 6,983,164 559,169,090 173,641 40,2161 0.0801 

3 Medium General Service 1,202 123,674 12 100,167 0.102c 
4 Street Lighting 8,539 1,346,662 56 152,482 0.157; 
5 All Outdoor Lighting 103 22,738 0.2201 
6 Subtotal Billed 10,590 1,625,593 41 1 25,766 0.153! 
7 Unbilled Revenue -46 -6,896 0.149! 
8ITotal Public Street Lighting 10,5441 1,618,6971 ' 4111 25,6551 0.153! I 
91 I 

10 Instruction 5. (See  Footnote) 
11 
12 
13 
14 
15 
16 

I 17, 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 

~- 

31 
32 
33 

I 

341 I I 
351 I I I 

FERC FORM NO. 1 (ED. 12-95) Page 304.1 



I FOOTNOTE DATA I 

bchedule Page: 304.1 Line No.: I O  Column: a 1 
FUEL CLAUSE 

440 Residential 
Residential Service 1,211,175 
Res Service Load Management 1,407 
Residential Service TOD 29 
All Outdoor Lighting 16 , 732 
Unbilled 269,071 

Total Residential 1 , 498 , 414 

442 Commercial 
Mark West HC 
Small General Service 
Medium General Service 
Medium General Service TOD 
Large General Service 
Quantity Power 
All Outdoor Lighting 
Estimated 

2 , 586 
71,490 
259,795 

2,338 
311,110 
85 , 461 
9,530 

10,527 
Unb i 1 1 ed 140 , 677 

Total Commercial 893 , 514 

442 Industrial 
Small General Service 
Medium General Service 
Large General Service 
Quantity Power 
Commercial & Industrial TOD 
All Outdoor Lighting . 
Estimated 
Unbilled 

Total Industrial 

2,900 
14 , 441 
86,409 

371,103 
1,227,695 

561 
38 , 358 
141 , 124 

1,882,591 

444 Public Street Lighting 
Small General Service 408 
Medium General Service 705 

All Outdoor Lighting 64 
Unbi 1 1 ed 293 

Total Public Street Light 7,009 

Street Lighting 5,539 

TOTAL FUEL CLAUSE 4,281,528 

IFERC FORM NO. 1 (ED. 12-87) Page 450.1 



KPSC Case NO. 2011-00401 
Commission Staff's First §et of Data Requests 

Order Dated January 13,2012 
Item No. 82 
Page 1 of 1 

Refer to page 8 of the Wohnhas Testimony, lines 18-19. Provide the source and 
calculations supporting the $75 per ton coal cost and the approximately $165 million per 
year injected into the local economy. 

RESPONSE 

The $75 per ton coal cost was an estimated average cost per ton of coal as was the 2.2 
million tons of coal consumed to calculate the $165 million dollars per year. The 
Company did not break down the consumption by unit. 

i 

WITNESS: RaJlie K Wohnhas 

i 

KIUC EXHIBIT a 



KP§C Case No. 2011-00401 
Commission Staff% First Set of Data Requests 

Order Dated Jamary 13,2012 
Item No. 83 
Page 1 of 1 

Refer to page 8 of the Wohnhas Testimony, lines 20-21. It states, ". . , 
with the indirect impact on mining and transportation (500 jobs, $8 million in severance 
taxes, and $25 million in wages per year) of the gas options." 

a. Provide the calculations that suppoi-t the 500 jobs, $8 million in severance taxes, and 
the $25 million in wages per yeas. 

b. Explain whether Kentucky Power anticipates that all coal burned at Big Sandy Unit 2 
after the dry FGD is installed will come fiom Kentucky sources. 

RESPONSE 

a. T1.lis infoiniation was provided by the "Cornnittee to Save the Big Sandy Power 
Plant" which was sponsored by Energy Ventures Analysis, Inc. Please refer to page 2 
of this response for the suppoi$ing document. 

b. Currently all coal burnFd at Big Sandy Unit 2 does not come from Kentuclcyxowces 
and the Company anticpates that after the dry FGD is installed it will continue to bum 
coal at Big Sandy Unit 2 fiom both Kentucky and non-Kentucky sources. 

WTNESS: Ranie M Wohnhas 

f 
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AEP Kentucky Power serves the East Kentucky coal fields. Most of the economic 
activity and jobs in AEP's service territory are related to coal mining and support 
services. Over onethird of the entire industrial load of Kentucky Power is coal 
miim. 
Kentucky Power owns only one power plant, the 1,060 MW Big Sandy plant 
located in Louisa, Kentucky, which provides most of the power to this service 
territory. The Big Sandy pfant burns about 2.5 million tons per year of coaf, 
almost dl mined in East Kentucky (a little corms from West Virginia). In 2010, 
this plant spent $175 million on coal purchases. 
New €PA regulations proposed in 2011 (Utility MACT and Cross-State Air 
Pollution Rule) will require AEP to invest in new ernissiqn ccsntrols (scrubbers) in 
order to keep burning coal a t  Big Sandy, or close the plant. 
AEP has not yet decided whether to invest in keeping the Big Sandy plant open. 
Originally, AEP planned to build scrubbers a t  Big Sandy, but  recently AEP has 
announced that the plant may be closed and replaced with a new natural gas 
plant, because of EPA's new regulations. 
Whether AEP invests in Big Sandy or closer it and replaces it with gas, t he  
ratepayers of Kentucky Power wit1 be faced with a large r&e increase to pay Cor 
compliance with the new %PA regulations. The coal mining community of East 

because the jobs arid tax revenues from this plant support: the entire area. . 

mining jobs, severance taxes over $8 inillion per year, and wages over $25 million 
per year.. In addition, the coa& burned by Big Sandy supports jobs for suppliers 
and truckers, as well as taxes for the ?oca1 S C ~ Q O ~ S  and governments. 

Kentucky believes that  Kentucky Power shouid invest in the Big Sandy plant . 

The coal prodtrced 'La supply Big Sandy provides the local area over 305 direct 

: 

! 
! 

National environmental groups are intervening in Kentucky's rate cases to fry to 
force utilities to dose power plants burning Kentucky coal. The local community, 
who are Kentucky Power's largest ratepayers, support investing in Big Sandy and 
burning Kentklcky coal. We need the support of t he  elected representatives of 
East Kentucky to save the  Big Sandy power plant. 

. .  
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Page 1 of 1 

Kentucky Power Company 

Direct Testimony of Ranie Wohnbas, page 10, lines 18 to 22. 

a. Please confiirm that if the Company used a 50/50 blend of either NAPP or ILB coals 
with CAPP coals at Big Sandy Unit 2 the Company would reduce the quantity of 
Kentucky coal it would purchase for Big Sandy Unit 2 by 50 percent. Jf Mr. 
Wohnhas cannot confirm this, please explain why not. 

b. Is it the Company’s position that if the Company reduces the quantity of Kentucky 
coal it purchases for Big Sandy Unit 2 by 50 percent it would reduce the direct and 
indirect economic impact of sales of Kentucky coal to the Big Sandy plant presented 
by Mr. Wohnhas on page 8, lines 19 to 21, by 50 percent. If no, please explain why 
not. 

RESPONSE 

a. Use of a 50/50 blend of either NAPP or ILB coals with CAPP coal would not 
necessarily reduce the quantity of Kentucky coal that KPCo purchases by 50 percent. 
In 201 1 KPCo purchased roughly 30% of its total coal (CAPP) from sources within . 
Kentucky, with the balance coming from West Virginia. If KPCo moves to a blend 
of 50/50 NAPP or E B  and CAPP coal, the percentage of CAPP coal from Kentucky 
could increase or decrease depending on future prices offered to the Company by 
sources within Kentucky. 

Moreover, Western Kentucky also has sources of.high s u l k  coal that could 
potentially be used to increase the amount of Kentucky coal that the plant will 
consume when going to a 50% blend of NAPPIILB coal. 

. 

b. Kentucky Power does not have a position on this hypothetical. As explained above, 
a 50/50 blend of either NAPP or ILB coals with CAPP coal would not necessarily 
reduce its purchases of Kentucky coal by 50%. 

WITNESS: Ranie K Wohnhas 
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In 2009,106,147,054 tons of Kentucky coal was shipped to 26 states, including Kentucky. 
Georgia, South Carolina, and North Carolina were the largest purchasers of eastem Kentucky 
coal (50.4% combined). Kentucky was the principle consumer of western Kentucky coal (67%) 
and Florida, Ohio and Alabama were the principle out-of-state consumers (22.9% combined). 

Destination of Coal Mined in Kentucky 

Alabama 
Arkansas 
Delaware 
Florida 
Georgia 
Illinois 
Indiana 
Iowa 
Kentucky 
Louisiana 
Maryland 
Massachusetts 
Michigan 
Minnesota 
Mississippi 
Missouri 
New York 
North Carolina 
Ohio 
Oklahoma 
Pennsylvania 
South Carolina 
Tennessee 
Virginia 
West Viroinia 

Eastern Kentucky Coal 
Deslination Tons 
State Shipped Percent 

935,281 1.3% 
4,769 

572,077 
6,129,152 

16,141,924 
62,724 

1,608,141 
22,045 

6,872,354 
4,612 

704,154 
4,666 

3,979,535 
143,198 
288,782 
42,959 
52,317 

9,137,388 
5,961,403 

10,869 
178,177 

11,893,458 
2,827,099 
4,884,497 
1.033.146 

0.0% 
0.8% 
8.3% 

21.9% 
0.1% 
2.2% 
0.0% 
9.3% 
0.0% 
1.0% 
0.0% 
5.4% 
0.2% 
0.4% 
0.1% 
0.1% 

12.4% 
8.1% 
0.0% 
0.2% 

16.1% 
3.8% 
6.6% 
1.4% 

Western Kentucky Coal 
Destination 
State Tons Shipped Percent 
Alabama 1,560,766 4.8% 
Florida 4,204,549 13.0% 
Georgia 11,886 0.0% 
Indiana 1,102,206 3.4% 
Iowa 200,693 0.6% 
Kentucky 21,713,262 67.0% 
Missouri 395,493 1.2% 
North Carolina 28,224 0.1% 
Ohio 1,652,019 5.1% 
Pennsylvania 116,458 0.4% 
Tennessee 1,323,007 4.1% 
Wisconsin 95,690 0.3% 
Total 32,404,253 100.0% 

. .  
Wisconsin 248,074 0.3% 
Total 73,742,801 100.0% 

Source of Coal Used in Kentucky 
In 2009,42,717,086 tons of coal were shipped to Kentucky from 11 states (including 

Kentucky). Of the 42.7 million tons delivered in Kentucky, 28.6 million tons (67%) originated 
in-state. 

Origin State Tons Shipped Percent 
Colorado 1,759,615 4.12% 
Illinois 2,616,434 6.13% 

3.83% Indiana 
Kentucky (East) 6,872,354 16.09% 
Kentucky (West) 21,713,262 50.83% 
Ohio 2,735,194 6.40% 
Pennsylvania (Bituminous) 266,529 0.62% 
Tennessee 53,367 0.1 2% 
Utah 459,886 1.08% 
Virginia 5,721 0.01% 
West Virginia (Northern) 848,513 1.99% 
West Virginia (Southern) 1,937,405 4.54% 
Wyoming 1,812,187 4.24% 
Total 42,717,086 100.00% 

1,636,619 
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Table 2 . Coal Production by State 

October . 
December 

2011 

Coal-Producing Region 
and State 

July . October . Year to Date 
September December 

Percent 
Change 2011 2010 2011 2010 

A l a b m  ........................................................ 
Alaska ........................................................... 
Arizona ......................................................... 
Arknosas ....................................................... 
Colorado ....................................................... 
Illinois .................................... 

Easrrni ........................................................ 
Western ....................................................... 

Louisinna ...................................................... 
Maryland ....................................................... 
Mississippi .................................................... 
Missouri ........................................................ 
Montana ..................................... 
New Mexico . 
North Dakota 

................ 
........................ 
........................ 

Bituminous ................................................. 
Tennessee ...................................................... 
Texas ............................................................. 
Virginia ........................................... 
West VirginiaTotal 
Northern 
Southern 

Wyoming 
Appalachian Total ...................................... 
Interior Totnl .............................................. 
Western Total .............................................. 
East of M i s s  . River ...................................... 
West of Miss . River ........... : ......................... 
U.S. Subtotal ................................................ 
Refuse Recovery .......................................... 
U.S. Total ..................................................... 

4. 261 
578 

2. 049 
28 

6. 915 
9. 435 
9. 673 

24 
25. 648 
15. 575 
10. 073 

972 
740 
774 
125 

11. 800 
5. 004 
7. 769 
7.370 

304 
15. 214 

576 
14. 638 

350 
11.173 
5. 134 
5. 500 

32.722 
10. 404 
22.318 

118. 484 
81. 732 
42. 583 

157. 733 
111. 689 
170. 359 
282. 048 

403 
282.451 

4.507 
491 

2. 031 
27 

7. 602 
IO. 204 
9.447 

8 
27. 465 
17. 001 
10.464 
1. 156 

653 
734 
114 

11. 944 
5.0 11 
6. 918 
6. 868 

265 
15. 233 

598 
14. 635 

443 
12. 497 
4. 828 
5. 279 

3 1. 292 
9. 157 

22. 136 
108.977 
81. 276 
44. 915 

147. 804 
112. 125 
161. 870 
273. 995 

631 
274.626 

4. 613 
609 

2. 086 
26 

5.913 
8. 449 
9. 248 

42 
26. 135 
16. 873 
9. 263 
1. 084 

528 
1. 039 

114 
11. 869 
5. 100 
7. 210 
6. 651 

248 
14. 615 

412 
14. 203 

438 
10. 731 
4.77 1 
5.618 

34. 064 
11. 287 
22. 777 

114. 580 
83. 401 
40. 243 

152. 137 
111. 400 
164. 382 
275. 781 

398 
276. 180 

19. 060 
2. 149 
8. 111 

133 
27. 204 
37. 441 
37. 432 

37 
107. 852 
67. 024 
40. 828 

3. 865 
2. 555 
2. 747 

465 
41. 600 
21. 922 
28. 214 
28.115 

1. 143 
59. 777 
2. 174 

57. 603 
1. 484 

45. 773 
19.463 
22. 563 

134. 529 
41. 838 
92. 691 

438. 461 
335. 107 
169. 863 
587. 124 
453. 554 
638. 540 

1.092. 094 
2. 241 

1.094. 336 

19. 915 
2.151 
7. 752 

32 
25. 163 
33. 241 
34.950 

133 
104.960 
68. 063 
36. 897 

3. 945 
2.585 
4. 004 

458 
44.732 
20. 991 
28. 949 
26.707 
1. 010 

58. 593 
1.705 

56. 888 
1.780 

40. 982 
19. 351 
22. 385 

135.220 
41.306 
93. 914 

442. 522 
335. 248 
155. 653 
591. 611 
444. 340 
638. 171 

1.082. 511 
1. 857 

1.084. 368 

-4.3 
-0.1 
4.6 

312.8 
8.1 

12.6 
7.1 

-71.9 
2.8 

-1.5 
10.7 
-2.0 
-1.2 

-31.4 
1.4 

-7.0 
4.4 

-2.5 
5.3 

13.1 
2.0 

27.5 
1.3 

-16.6 
11.7 
0.6 
0.8 

-0.5 
1.3 

-1.3 
-0.9 
0.0 
9.1 

-0.8 
2.1 
0.1 
0.9 

20.7 
0.9 

Note: . Total may not equal sum of components because of independent rouodmg . 
Source: Mine Safety and Health Administration. U.S. Deparlment of Labor. Form 7000-2. "Quarterly Mine Employment and Cod Production Report." 
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Order Dated March 14,2012 
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Page 1 of 1 

REQUEST 

Identify a i d  provide copies of any and all letters, coimneiits, agreeiiieiits, or other 
coimiiuilications that have indicated fiiancial or other support for Keiihicly Power’s 
application. 

RESPONSE 

Please see attacluneiit 1 for all correspondence received by Kentucky Power in support of 
its application. 

WITNESS: Railie I< Wolmlias 

KlUC EXHIBIT L7/ 
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"Seth Schwartz" To cggpauIey@aep.com 
<schwartzgz@ev.vainc.com> 
09/i6/20i 1 03:31 PM 

cc 

bcc 
Subject Committee to Save Big Sandy 

Greg: 1 met with a number of people form the coal industry yesterday, most' of whom run companies 
which are large ratepayers of Kentucky Power and employ many more ratepayers a t  their operations. I 
have written or verbal commitments from the attached list of members t o  support the Committee to  
Save Big Sandy. This group includes most of the coal mines in your service territory. The group is 
unanimous in its support for Kentucky Power to invest in emission control equipment on the 3ig Sandy 
plant. W e  want you to  Itnow that Kentucky Power will have broad support among the East Kentucky 
community for your upcoming filing at  the PSC. 

Our next step will be io contact the politicians in East Kentucky (county judge/executives, state . 
representatives and state senators) to get them to  support the investment to keep 6ig Sandy plant 
burning coal. You should begin hearing from them soon, Please let me Itnow when you have been 
contacted so I know that they  have foilowed through. I spoke with Rocky Adkins yesterday who told me 
that he has already spoken to  you about keeping Big Sandy plant burning coal (the plant is in his district) 
and was quite emphatic about that. 

Further, you should hear from Steve Miller of the national group, American Coalition for Clean Coal 
Electricity (Mike Morris is the chairman) to let you know that, if AEP files a plan to  invest in burning coal 
a t  Big Sandy, ACCCE is prepared to  file testimony in support of this plan. 

Please keep m e  posted on the timing and status of your decision and we will keep you informed as to  
OUT efforts. Seth 

Seth Schwa& 
President 
Energy Ventures Analysis, Inc. 
1901 NorPh Moore Street 
Suite 1200 
Arlington, VA 22209-1706 
Phone: 703-276-4004 (direct) 
Fax: 703-276-9541 

Committea to Save Big Sandy member list 2tlll,iN-_1 G.docx 

mailto:cggpauIey@aep.com
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Carnrnittee to Save 

Business 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Co nsu king 
Group 
Group 
Land 
Land 
Law 
Law 
Rail 

'I 
Company Last 
Aiden Resources Smith 
Alpha Coal Crutchfield 
Alpha Coal Jones 
Apex Energy 
Arch Coal Eaves 
Arch Coal SIone 
Beech Fork Booth 
Blackhawk Mining Glancy 
Blue Energy Sewices Helms 
Helping Hands Smith 
Nally 8r Hamilton Hamilton 
Old Virginia , Kiscaden 
Revelation Energy Hoops 
Rhino Energy Moravec 
Southern Coal Carp Merritt 
Xinergy Castle 
Xine rgy Nix 
Energy Ventures Analysis Schwartz 
Coal Operators I% Associates Gooch 
Kentucky Coal Association Bissett 
Marwood Land Parrish 
Natural Resource Partners Carter 
Jackson & Kelly Nicholson 
Wyatt, Tarrant & Combs Woods 
csx Jenkins 

Camp be I I 

Contact 
First ntfe 
Keith President 
Kevin President 
Monty Senior VP 
Mark VP 
fohn President 
Deck VP, Public Affiirs 
Jim CEO 
Nick President 
Ted President 
John President 
Steve See.-Treasurer 
Scott President 
Jeff President 
Chris VP 
Marc 
Mike CFO 
Jon President 
Seth President 
David President 
Bill President 
Lynn 
Nick President 
Roger Partner 
Jeff Partner 
Chris VP, Coal 
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1. AEP Kentucky Power serves the  East Kentucky coal fields. Most of the economic 
activity and jobs in AEP's service territory are  related to coal mining and support 
services. Over one-third of t h e  entire industrial load of Kentucky Power is coal 
mines. 

2. Kentucky Power owns only ane power plant, the 1,060 MW Big Sandy plant, 
located in Louisa, Kentucky, which provides most of the  power to this service 
territory. The Big Sandy plant burns about 2.5 million tons per year of coal, 
almost all mined in East l<entucky (a little comes from West Virginia). In 2Q10, 
this plant spent $275 million on coal purchaises. 

3. New €PA regulations proposed in 2011 (Utility MACT and Cross-State Air 
Pollution Rule) wif6 require AEP to invest in new emission controls (scrubbers) in 
order to keep burning coal a t  Big Sandy, or close the plant. 

4. AEP has not yet decided whether to invest in keeping the  Big Sandy plant open. 
Originally, AEP planned to build scrubbers at Big Sandy, but recently AEP has 
announced that  the  plant may be  closed and replaced with a new natural gas 
plant, because of EPA's new regulations. 

5. Whether AEP invests in Big Sandy or  closes it and replaces it with gas, the  
ratepayers of Kentucky Power will be  faced with a large rate increase to pay for 
compliance with the  new EPA regulations. The coal mining community of East 
Kentucky believes that Kentucky Power should invest in the Big Sandy plant 
because the jobs and tax revenuesfrom this plant support the entire area. 

6. The coal produced to supply Big Sandy provides the local area over 500 direct 
mining jobs, severance taxes over $8 million per year, and wages over $25 million 
per year. In addition, t he  coal burned by Big Sandy supports jobs for suppliers 
and truckers, as  well as  taxes for t h e  local schook and governments. 

7. National environmental groups a r e  intervening in Kentucky's rate cases to try to 
force utilities to dose power plants burning Kentucky coal. The local community, 
who are  Kentucky Power's largest ratepayers, support investing in Big Sandy and 
burning Kentucky coal. We need t h e  support of the  elected representatives of 
East Kentucky to save the Big Sandy power plant. 
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c/o Energy Ventures Analysis, Inc. 
1902 North Moore Street 

Suite 1200 
Arlington, VA 22209 
703-276-8900 

Kentucky Power Company (“KPCo”, a subsidiary of AEP) has  announced that  it may close t h e  Big 
Sandy coal-fired power plant in response to t h e  environmental requirements proposed by €PA 
(including the Utility MACT to take  effect in 2015 and CSAPR in 2012 and 2014). KPCo has 
stated tha t  it has not made a final decision, but  it plans to make a deckion this month 
(September) and  file with the  Kentucky Public Service Commission (“KPSC“) in October for 
approval of its plan and recovery of t h e  cost in its rates. The current plan is to retire Big Sandy 
uni t  #2 (800 MW) in 2014 and convert Big Sandy unit #I (260 MW) to natural gas. 

The Big Sandy plant is one  o f t h e  largest single markets for  East Kentucky coal. It consumes 2.5 
n ~ m  tpy  of coal in an average year, which is close to 5% of t h e  entire current demand for  East 
Kentucky coal. Given t h e  outlook for  declining domestic s team coal demand d u e  to t h e  new 
EPA regulations, t he  importance of this plaP.tt to East Kentucky will grow in t h e  future. At 

market  prices of about $75 per ton, t h e  coal sales to Big Sandy inject $187.5 mrn per year into 
the local economy, including over 500 direct coal mining jobs, wages over $25 mrn per  year and 
severance taxes of $8.4 mm per year. 

G 

Further, the vast majority of I<PCo’s power sales a re  to ratepayers in the coal fields of East 
Kentucky. Over one-third of KPCo’s entire industrial power sales a re  to coal mines, It is in t h e  
interest  of t h e  ratepayers of KPCo to pay for t h e  costs of t h e  scrubber investment in their 
power  prices rather than bear t h e  economic calamity to t h e  region which would come from 
closing this plant and paying higher rates for gas-fired power. 

, 

. 

Purpose ofthe Committee to Save Big Sandy 

KPCo is open to spending the capital to invest in emission controls a t  Big Sandy (mainly 
scrubbers), but has been discouraged by poiiticail opposition to the rate increases needed to 
pay for  it by s t a t e  legislators and local county executives. The purpose of t h e  Committee is Po 
gather t h e  political support  in t h e  East i<entucky community Po influence t h e  politicians to 
suppor t  t h e  investmenf.its inclusion in t h e  rate base. We believe tha t  KPCo will prqpose t h e  
scrubber  investment to the KPSC If t h e  politicians express their support. 
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T h e  Committee is a special-purpose public interest organization formed Po intervene in  KPCo’s 
rate case to support WCo’s plan to invest in t he  plant. We plan to retain counsel and file 
testimony. However, i F  KPCo files a pian to cfose t he  Big Sandy plant, the Committee would pian 
to intervene in t h e  rate  case to oppose l<PCo’s plan and contest: its recovery of its existing 
investment i n  Big Sandy after it is closed. HopeFully, it will not come t o  that step, but the 
credible threat  to oppose KPCo is almost as important as  t h e  conimitrnent t~ support  KPCo in a 
plan to invest in Big Sandy plant, 

Urnmediate Action Plan 

en order to have credibility, the Committee needs a broad membership among t h e  coal 
producers, shippers, miners, landowners and stakehotders of East Kentucky. W e  will provide a 
membership list with prominent names and  companies to KPCo to show t h e  degree of support 
and  influence which w e  have among the industry. I have talked with the President of Kentticlty 
Power, Greg Pauley, and he has asked for a proposal a s  to what we can do to support  KPCo with 
t h e  politicians. 

Accordingly, the first thing tha t  w e  need is for you to fill out and return t h e  attached 
membership form immediately, so w e  can represent a large group of stakeholders to KPCo. 

We do not have an immediate need to raise money but will ask for contributions in the future. 

Please act now to save Big Sandy plant, our jobs and the local community. There a re  too many 
well-funded organizations working to close existing coal-fired plants. Let’s fight back to save 
t h e m  when we can. f welcome your feedback and support. 

Seth Schwartz 
Director, Committee to Save Big Sandy 

schwartz@evainc.com 
703-276-9541 

mailto:schwartz@evainc.com
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Contact 
Company 
Address 
City/ST/Zip 
Phone 
Ernail 

Are you or your company a ratepayer of Kentucky Power at  any location? 

Yes No- 
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I .... . ..-- 
, To Thomas P Householder/OR4/AEPIN@AEPI'N 

b m  

CG 
, PauleylOR3/AEPIN 

Subject Re: Union AssisFanceB 

Thanks Tom Apprecia€ed 

For a Kentucky issue it might be better Eo use AEP - Kentucky Power. Legislators outside our territory 
might not identify with American Electric Power but would recognize the Kentucky Power brand. Also, if 
they decide to send a letter it would be just a s  effective, if no€ more so, to include the County Judge 
Executives in our service territory who have as much, if not more, influence than €he ReplSenator. 

Let me share some thoughts on this and if you'd like to talk give m e  a call. 

There will also be 4 public hearings in t h e  territory between now and when the decision is made. Such 
support, in person, would be beneficial to the cause. I'm sure the meetings will be inundated with those in 
the community opposing the decision based on the proposed rate increase. These will be people who 
support coal and all it does for them - they just don't want anymore increases to their electric bill. 

Lastly, the decision to scrub Big Sandy I I  was based on the existing regulatory compact (process and 
proceedings) which allows for the recovery of such expenses through an envrionmental cost recovery 
statute. Should the legislators enact legislation during the 2022 session that modifies the existing 
regulatoiy compact it will make it necessary to revisit our decision. f have made it very clear in 
presentations throughout the service territory that negative changes would result in a review and 
reconsideration of the submission before the commission. We want to do all we can to let the process 
work and get a decision the is good for the company, customers and shareholders. 

Question for you - Are they doing this on their par% or per our request? There is a fine line there and an 
important point. 

Thanks Tom 

Gregory G. Pauley 
President & COO 
AEP - Kentucky Power Co. 
lOlA Enterprise Drive 
Frankfort, Kentucky 40602 

Office 502-696-7007 
Audinet (AEP) 605-7007 
Cell 502-545-7007 
Fax 502-696-7006 

This message (including any attachments} contains confidential information intended for a specific 
individual and purpose, and is protected by law. If you are not the intended recipient, you should delete 
this message and are hereby notified that any disclosure, copying, or distribution of this message, or 
taking of any action based on it, is strictly prohibited. 

Thomas P Householder/OR4/AEPIN 

Thomas P 
Ho~lsehofd[er/OR4/AEPIN 

01/17/2012 04-13 PM 
To Gregory G Pauley/OR3/AEPIN@AEPIN 



cc 

Subject Union Assistance 

KPSC Case No. 201 1-00401 
Cornmission Staff's Third Set of Data Requests 
Order Dated March 14,2012 
Item No. 17 
Attachment I 
Page 19 of 22 

Greg, any comments would be appreciated . I will channel your comments to and tlirough the unions. If 
you do not want any letters let me Itnow and I will back them off. In Ohio and West Virginia, I have sought 
the unions' support in the past. Thanks 

Thomas P. Householder 
American Electric Power 
Managing Director - Labor Services 
I Riverside Plaza - '17th Floor 
Columbus, OH 43215 
614 / 716-1753 or Audinet 200-1733 

,- Forwarded by Thomas P Householder/OR4/AEPIN on 01/17/20i2 04:12 PM - 
Cell: 674-562-1425 

"Michael Autry" 
ernautay@ boilermakerslocal4 
0 .COtW 

01/17/2012 0355 PM 

To "Thomas P. Householder" <tphouseholder@aep,com=. 
cc 

Subject 

Tom, 

Just wanted to let you know, we are doing a letter writing campaign to all of our Representatives and 
Senators asking them to  support AEP'S request for Big Sandy Power Plants rate increase to be approved 
by the Kentucky Public Service Commission. I have attacked a copy ofthe letter I am preparing to send 
to my Senator and Representative. Please look it over and if you see anything I need to add or remove, 
please let- me know. 

I am in the process of making this a form letter for all of our members to use state wide. Also, we will be 
creating another letter similar to this one to send to the Kentucky Public Service Commission 
representatives. 

Thanks and best wishes, 
Michael W. Autry 



i 

KlUC EXHIBIT 5 
P i  



' . . .*...-, -".--I . ._L,.. ,. .,, ,...,..,,=--.".-.. . 



i 

i '. ... . . .. .. '. 
*: ._ 

. . I  

i '- t. 

M 

.. . 
.. .1 



a 

a 



m 
0 
0 

__.p 

a 
Z 

0 

5 
0 
Q 
W 

0- 

a 

E 
a 
4) 

ul 

m o o  
9 9 9  
0 0 0  
r l - r  

m 
.I 

0 0  

Y ?  
0 0  
T - T  

s 
9 
In 

0 
lr 

e m  

I l l  
0 0 0  
v u 0  
a ~ a  
w w w  
3 3 3  
r n r n m  

I 

1_1 

s 
a 
m 
4 
r 

s 
c? 
m 

(0 

m 
m 
X 
Q) 

I- 
n 
w 
a 



m 
0 
0 





KIUC E HlBlT 6 

Maintained on the Confidential Materials DVD 

And 

In the Confidential File Materials at the PSC 



Exhibit RLW-1 
Page 1 of 1 

. . . .  

I' 

a 
I: 

I? 
1- 
o 
L 

0 
0) 

a 
-9 

? 

I: 

a 
I: 

U 

.... 

. . . . . _ . . . . .  

KIUC EXHIBIT 7 



.: 

Provide a revised version of the least-cost analysis used in all of Kentucky Power's original 
testimony aid data responses to date to reflect current conditiolis within tlie industry. Provide 
suppoi-ting details and sources for all assumptions, data, and regulatory requirements that drive 
specific alternatives. hclude suppoi3 for capital costs. Indicate timnhig issues that may arise with 
certain alteiuatives, including eiiviroimeiital requirements. Consider and account for any recent 
regulatory changes in Olio or other states that may cliange the supply cliain or availability of 
materials, equipment, or services. hiclude at a minimmi: 

a. PJM energy and capacity costs going forward; 

b. Gas prices going forward; 

c. Coal prices going forward; 

d. Current energy and peak demand projections; 

e. Current capital costs for all projects under consideration; 

f. Iuclude all previous alternatives, if still available, as well as any new alternatives that may 
iiow be available; 

g. Consider any recent regulatory changes hi Olio or other states that may change the supply 
mix or availability; 

11. Consider a range of costs for CO2; 

i. Coiisider a five-year purchased power approach, as well as any longer periods that inay be 
OptilnLIlli. 

KlUC EXHIBIT 8 



iiipaiiy has not 
eiit data respoiis 

of tlie least cost analyses provided in its testiiiioiiy or 
a used hi those analyses remains tlie most current data 

available. The Long-Term Forecast begins with a fiiiidamental view of tlie primary input dxivers 
(file1 supply, load, impending regulatory policy, capital costs, etc.) wl-Licli is developed by 
internal subject-matter experts aiid beiiclmarlced to public and contract coilsultzuits’ iilforiiiation, 
A third-party dispatch model, AuroraXMP, takes tlie long-term view of these priiiiary drivers 
and, after iiiultiple iterations requiring correlative input changes, delivers PJM energy and 
capacity values, peak demand projections and other power market parameters. Tlie process of 
creating the Long-Term Forecast takes approximately two iiionths to complete. hi addition, it 

point, 
there have been no meaingfiil chang to the primary drivers and accordingly tlier be no 
material differences if tlie analyses w run to reflect the April 1 , 2012 condition in tlie industry. 

In particular: 

would take another 4 weelcs of Strategist work to complete all of tlie modeling. 

Natural Gas; The extraordinarily mild 201 1-2012 heating season has caused nearby natural gas 
spot prices to drop to sub-$2/1TlmIBtu levels due to high storage inventories aid certain suimer 
storage re-fill congestion. It is equally lilcely that, in the event of a colder-tliaii-iiornial heating 
season, natural gas spot prices could exceed $7/limiBtu. But, on a weather-noiiiialized basis, tlie 
fiuidamentals of natural gas production costs to meet the anticipated total natural gas demand 
still results in prices equivalent to those projected in Kentucky Power’s original testimony for 
20 13 aid beyond. Tlie dominant factor for this observation is that the long-term proj ectioii for 
exploration, developinelit aid production costs for shale gas remains Luiclianged - tlius creating a 
“floor” price. Wliile nahu-a1 gas prices may iiicur additional enviroimeiital costs due to tlie 
process of liydro-fiactur.ing, additioiial “associated gas” may be brought to market because of the 
economic advantage of oil/liquids-rich shale plays. But, at this time, there is no reasonable 
justification to alter the long-teiin outlook for natural gas prices to Kentucky Power. 

m; Kentucky Power Company’s coal forecast was based ~ipoii the loiig-term costs of coal 
production aiid tlie demand associated with normal weather. It lilcludes assessments of coal- 
fired plant retiremeiits due to impending enviroixneiital regulations and proj ectioiis of US coal 
exports due to rising global demand - and these conditions remain unchanged. For tlie near term, 
tlie forecast coal prices will be affected by nisuiy other factors, including weather, competing fuel 
and utility coal stockpile levels. The mild 201 1-2012 heating seasoii along with inexpensive 
natural gas have made coal-fired plant dispatcli lower than expected and has left utilities with 
high stockpiles. This over-supply of coal in the near-term depresses coal prices to such low 
levels that they are below the cost of production for many less-efficient mines. Coal producers 
have started to cut down their production to re-balance tlie supply-demand relationship, aid coal 
prices will recover to cost-of-production based levels in tlie near-term. Therefore, the forecast 
prices for the long-term remain valid. 

f 
’I 



Capacity. energy and peak-demand; The third-party dispatch model, Aurora=, has power 
market valuedprices as “outputsyy (as shown in the illustration below). Given that there has been 
no substantive change to the long-term view of the piimary input drivers, the outputs and, 
therefore, the Long-Term Forecast, should remain unchanged. 

A range of costs for C02; Without question, the creation of a Long-Teim Forecast which 
. considers a range of C02 costs must include coil-elative clianges to other input drivers. It is 
imprudent to ignore: 1) the effect of coal plant dispatch costs on coal prices due to changes in, 
demand, 2) changes in gas-fired plant utilization and the effect on natural gas prices, 3) changes 
in plant retirement schedules, 4.) the price elasticity of residential, conmercial and industrial 
demand, for example. The necessary c‘feedbacl~y’ loops” (iterations) to create a prudent set of 
Long-Teim Forecasts with a range of costs for C02 will require two months to complete. 

The Company has not updated any of the capital costs for any of the alteiiiatives and those 
alternatives provided in the ori,olal testimony are still the only alternatives the Conipany 
believes are available. 



&P iiiade a filing at FERC hi early February 2012 that included a new Power Cost Sharing 
Agreemeiit (PCSA) that would replace the current pool agreement. As part of tlie proposed 
PCSA, KPCo would have purchased a 20% owners iat filing lias 
since been witlidrawn, but the Coiiipany aiiticipat a later time 
this year that will include tlie purcliase o€ 20% of? the Mitchell Uilits. The h-aisfer of Ohio Power 
(OPCo) generation to sister companies witldii AEP was proposed specifically for purposes of 
supporting the new PCSA. KPCo lias no other riglits to any additional OPCo geiieratioii nor 
does OPCo have any obligation to IQCo with any additioiial generation. The Compaii~7 lacks a 
reasonable basis to project tlie availability or price of any additional Old0 generation. 

Tlie Company in its applicatioii prepared alteriiative #4A aid #4B that looked at both a 5 aiid 10 
year purchase power approacli and then would either build or replace with CC capacity. The 
Coinpany is not able to consider other alternative options at tlie end of the purchased power 
approacli in the time required to respond to this data request. At a rniii.niuin, it would take 8 to 
10 weeks to perform tlie necessary due diligence to evaluate the chaige hi costs due to delaying 
tlie DFGD project and ecoiioillic evaluatioii of such changes tlxougli OLK iiiodeliiig exercises. 

WTNESS: Scott C Weaver 
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: HenryHub 

Date: 
4/30/2012 

Location Term Product Source As Of Price Units % Change 

s Futures NYMEX 
s FuturesNYMEX 

as FuturesNYMEX 

Futures NYMEX 
Futures NYMEX 

Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas FuturesNYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 

Gas Futures NYMEX 
Gas FuturesNYMEX 
Gas FuturesNYMEX 
Gas Futures NYMEX 

Gas Futures NYMEX 
Gas Futures NYMEX 
Gas FuturesNYMEX 

Natural Gas FuturesNYMEX 
Natural Gas Futures NYMEX 

atural Gas Futures NYMEX 
atural Gas Futures NYMEX 
atural Gas FuturesNYMEX 

Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 04/30/2012 
Natural Gas Futures NYMEX 04/30/2012 

Henry Hub Jul2015 Natural Gas Futures NYMEX 04/30/2012 4.004 $/MMBtu 0.93 
Henry Hub Aug 201 5 Natural Gas FuturesNYMEX 04/30/2012 4.022 $IMMBtu 0.93 
Henry Hub Sep 201 5 Natural Gas Futures NYMEX 04/30/2012 4.026 $/MMBtu 0.93 
Henry Hub Oct 201 5 Natural Gas Futures NYMEX 04/30/2012 0.92 
Henry Hub Nov 201 5 Natural Gas Futures NYMEX 04/30/2012 0.90 

atural Gas FuturesNYMEX 04/30/2012 
atural Gas FuturesNYMEX 04/30/2012 

Natural Gas Futures NYMEX 04/30/2012 
al Gas Futures NYMEX 04/30/2012 
al Gas Futures NYMEX 04/30/2012 
al Gas FuturesNYMEX 04/30/2012 
I Gas FuturesNYMEX 04/30/2012 

atural Gas Futures NYMEX 04/30/2012 
I Gas Futures NYMEX 04/30/2012 
I Gas FuturesNYMEX 04/30/2012 
I Gas FuturesNYMEX 04/30/2012 
I Gas Futures NYMEX 04/30/2012 

Source: SNL Financial I Page 1 of 3 
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Henry Hub 

Natural Gas Futures NYMEX 
Natural Gas Futures NYMEX 

ral Gas FuturesNYMEX 
ral Gas FuturesNYMEX 
ral Gas Futures NYMEX 
ral Gas Futures NYMEX 

tural Gas Futures NYMEX 

tural Gas Futures NYMEX 
tural Gas Futures NYMEX 

ural Gas Futures NYMEX 
ural Gas Futures NYMEX 

al Gas Futures NYMEX 
al Gas Futures NYMEX 

I Gas Futures NYMEX 
I Gas Futures NYMEX 
I Gas Futures NYMEX 

I Gas Futures NYMEX 
ural Gas Futures NYMEX 
ural Gas Futures NYMEX 

I Gas Futures NYMEX 
I Gas Futures NYMEX 

ral Gas Futures NYMEX 
ral Gas FuturesNYMEX 
ral Gas FuturesNYMEX 

I Gas Futures NYMEX 
I Gas Futures NYMEX 
I Gas Futures NYMEX 
I Gas Futures NYMEX 

atural Gas Futures NYME 
atural Gas Futures NYME 
atural Gas Futures NYME 
tural Gas Futures NYME 

Henry Hub Aug 2020 Natural Gas FuturesNYMEX 04/30/2012 5.002 $/MMBtu 0.00 
Henry Hub Sep 2020 Natural Gas FuturesNYMEX 04/30/2012 5.012 $/MMBtu 0.80 
Henry Hub Oct 2020 Natural Gas Futures NYMEX 04/30/2012 5.062 $/MMBtu 0.80 
Henry Hub Nov 2020 Natural Gas Futures NYMEX 04/30/2012 5.174 $/MMBtu 0.78 
Henry Hub Dec 2020 Natural Gas Futures NYMEX 04/30/2012 5.380 $/MMBtu 
Henry Hub Jan 2021 Natural Gas Futures NYMEX 04/30/2012 5.495 $/MMBtu 
Henry Hub Feb 2021 Natural Gas Futures NYMEX 04/30/2012 5.468 $/MMBtu 
Henry Hub Mar 2021 Natural Gas Futures NYMEX 04/30/20 12 5.390 $/MMBtu 
Henry Hub Apr 2021 Natural Gas Futures NYMEX 04/30/2012 5.1 35 $/MMBtu 
Henry Hub May 2021 Natural Gas Futures NYMEX 04/30/2012 5.145$/MMBtu 
Henry Hub Jun 2021 Natural Gas Futures NYMEX 04/30/2012 5.170 $/MMBtu 
Henry Hub Jul2021 Natural Gas FuturesNYMEX 04/30/2012 5.205 $/MMBtu 
Henry Hub Aug 2021 Natural Gas Futures NYMEX 04/30/2012 5.237 $/MMBtu 
Henry Hub Sep 2021 Natural Gas Futures NYMEX 04/30/2012 5.247 $/MMBtu 
Henry Hub Oct 2021 Natural Gas Futures NYMEX 04/30/20 12 5.299 $/MMBtu 
Henry Hub Nov 2021 Natural Gas Futures NYMEX 04/30/2012 5.419 $/MMBtu 

Dec 2021 Natural Gas Futures NYMEX 04/30/2012 5.634 $/MMBtu 
Jan 2022 Natural Gas Futures NYMEX 04/30/2012 5.757 $/MMBtu 0.70 
Feb 2022 Natural Gas Futures NYMEX 04/30/2012 5.730 $/MMBtu 
Mar 2022 Natural Gas FuturesNYMEX 04/30/2012 5.652 $/MMBtu 0.71 

Source: SNL Financial I Page 2 of 3 



Henry Hub 

Henry Hub Apr 2022 Natural Gas Futures NYMEX 04/30/2012 5.367 $/MMBtu 0.75 
Gas Futures NYMEX 

Natural Gas FuturesNYMEX 
Dee 2023 Natural Gas Futures NYMEX 04/30/2012 6.1 94 $/MMBtu Henry Hub 

NYMEX and CME Clearport market data is property of th 

Alberta and Ontario Canadian power prices are reported in C$/MWh. US. power locations are reported in US$/MWh. 

Source: SNL Financial I Page 3 of 3 



PRELIMINARY 

Retrofif 15 yr book life 
30 Year Operating Life 

201 1 
2012 
201 3 
2014 
2015 Big Sandy 1 Retire 
2016 Big Sandy 2 Retrofit 

2017 
201 8 
201 9 
2020 
2021 
2022 
2023 
2024 

2025 1- 407 MW CC, 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

Big Sandy 2 UD Analysis Under FTCA-CSAPR Commodity Pricing 
Capacity Resource Optimization 

Expansion Plan Summary 

Retrofit 15-15 Yr life 
15 Year Operating Life 

5 S I  Repower 20 yr book life 
30 Year Operating Life 

NGCC Replacement 
30 Boold3O Operating 

Big Sandy I Retire 
I -904 MW NGCC Big Sandy 1 Retire 

Big Sandy 2 Retrofit 
Big Sandy I Retire 
1 -780 MW Repower, 

I- 407 MW CC, 1- 407 MW CC, 1- 407 MW CC, 

I -578 MW CC, 

Market 20 2025 

0 MW- ICAP 
0 MW- ICAP 
0 MW- ICAP 

45 MW- ICAP 
225 MW- ICAP 
938 MW- ICAP 

922 MW- ICAP 
930 MW- ICAP 
934 MW- CAP 
938 MW- ICAP 
939 MW- ICAP 
951 MW- ICAP 
957 MW- ICAP 
967 MW- ICAP 

1- 407 MW CC, 
904 MW NGCC 

Market Only 

0 MW- ICAP 
0 MW- ICAP 
0 MW- ICAP 

45 MW- ICAP 
225 MW- ICAP 
938 MW- ICAP 

922 MW- ICAP 
930 MW- ICAP 
934 MW- ICAP 
938 MW- ICAP 
939 MW- ICAP 
951 MW- ICAP 
957 MW- ICAP 
967 MW- ICAP 

1. 985 MW- ICAP 

Retrofit 15 vr book life Retrofit 15 15 Yrlife BSI  Repower 20 yr book life NGCC Replacement Market to 2025 Market Only 

CPW 6,724,489 6,899,989 7,079,239 7,152,559 6,463,515 5,754,024 
ICAP Revenue 1114,391) 1141,068) /I 1.944) 77,262 1234,884) 1846,673) 

Total $6,838,879 $7,041,056 $7,091 ,I 82 $7,075,297 $6,698,399 $6,600,696 
($140,480) ($238,183) Cost Over Retrofit $202,177 $252,303 $236,418 

Resource Planning 
OCT 7,201 1 

-381 3059.xlsx 
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DRAFT 

KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary 
Leveiized FTCA CSAPR C o m m o d i t y  Pricing, Big Sandy 2 Retrofit 

Optimal Plan Cost Summary ($000) 

Annual costs 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

Fuel 
cos1 
(A) 

198,123 
250,465 
227,817 
276,567 
275,707 
165.006 
236,355 
254,318 
242,101 
257,391 
253,061 
252,602 
225,510 
255,531 
336,073 
354,700 
351.082 
370,369 
370,732 
367,888 
388,156 
406,168 
411,019 
394.818, 
408,588 
413,597 
426,893 
423,004 
4 3 2,8 9 6 
431,457 

- 
Conlracl 
Rcvenrle 

(8) 
(1 2,788) 
(21.183) 
(30,153) 
(38,222) 
(51.088) 
(48.054) 
(53,834) 
154,057) 
(56,908) 
(58,754) 
(72,859) 
(73.893) 
(72.531) 
(77,447) 
(60,870) 
(61,862) 
(62,061) 
(63,743) 
(65,061) 
(84,315) 
(66,853) 
(67,107) 
(68,442) 
(69,430) 
(72,741) 
(74.000) 
(74,708) 
(77,575) 
(78,143) 
(80,190) 

(505,636) 
2011 Net Present Value 

Period of 2011-2040 3,169,734 
Ease Case O&M 2011-2040 
Ulilily Cos1 Presenl Value 2011-2040 

Base Rale lmnacls 
Markel Fuel & Carrvinn lncrernenlal 

95,923 
37,371 
58,226 
45,044 

28,377 
51,107 
22,817 
50,028 
57,490 
44,072 
(27,181) 
21,273 
135,139 
158,979 
134,514 
156,602 
141,804 
118,179 
144.828 
159,892 
163,642 
110,425 
122,805 
120,432 
132,956 
107,009 
113.529 
89,506 

(85,222) 

700,340 

175,725 
220,599 
2 5 6,5 6 4 
281.751 
298.281 
261,812 
258,068 
276,191 
266,118 
278,430 
282.423 
325,222 
311,705 
250.804 
259;583 
279,429 ' 

277,510 . 
293,989 . 
314,024 
310.181 
303,383 
315,819 
353,831 
358,523 
357,165 
368,645 
393,570 
397,511 
422,142 

3,055,030 

0 
0 
0 

607 
607 

147,782 
147,762 
147,762 
147,762 
155,093 
155,093 
155,093 
155,093 
155,093 
257,945 
257,945 
257,945 
257,945 
257,945 
257,945 
146,788 
146.768 
148,766 
148,766 
146,766 
148,766 
146.766 
146,766 
146,7613 
146,766 

1,257,570 

- O&M 
(F) 
0 
0 
0 
0 
0 

76.499 
137,403 
149,018 
139,475 
140,061 
143,776 
143,739 
140,117 
150,129 
156,903 
176,504 
174,827 
184,827 
188,259 
184,860 
148,849 
150.067 
149,262 
143,959 
155,220 
157,203 
158,887 
160,400 
163,017 
342,266 

1,078,614 

0 
0 

607 
807 

224#261 
285,165 
296.780 
287.237 
295,154 
298,869 
298,832 
295,210 
305,222 
424,848 
434,449 
432.772 
442,772 
446,204 
442,805 
295.515 
'296;833 
296,028 
290.725 
301;988 
3 0 3,9 6 9 
305.653 
307,166 
309,783 
489.032 

2,336,184 

2,047,799 
ITJI-fg 

Total 
cos1 

(H)=(D)+(G) 
169,997 
175,725 
220,599 
257,171 
282,358 
522,542 
546,977 
554,848 
563,428 
581,271 
577,298 
581,255 
620.431 
616,927 
685.853 
804,032 
712,201 
720,282 
740,193 
756,829 
605,796 
600,216 
61 1,847 
844,557 
660,509 
671,134 
674,298 
7 0 0,7 3 6 
707,294 
911,174 

- 

5,391,214 

Markel 
VOIUC or 

Allowances 
Consumed 

0)  
7,418 
86,954 
51,659 
102,595 
29,795 
2,302 
1,511 
626 
572 
0 
0 

108,290 
96,073 
106,990 
116.552 
122,595 
119,821 
125,870 
124.788 
121,007 
128,489 
135,793 
136,812 
127,901 
133,275 
135,608 
141,194 
139,Oi 5 
143,353 
141,291 

721,650 

Grand 
Totel 

177,415 
262,680 
272,258 
359,768 
312,153 
524,845 
548,488 
555,473 
584,000 
561,271 
577,298 
689,545 
715,505 
723,925 
802,205 
816,627 
832,023 
846,152 
884,981 
877,836 
734.285 
736,009 
748,659 
772.458 
793,784 
806,742 
815,492 
839,751 
850,646 

1,052,464 

(J)=(H)+(I) 

6,112,874 

8,724,489 

Velue Of - ICAP 
(10 
0 
0 
0 

1,379 
(17,687) 
(96,221) 
(15,275) 
(13,781) 
(16.129) 
(18,970) 
(21,002) 
(24,128) 
(26,600) 
(29,365) 
20,285 
19,255 
17,955 
16,731 
15,461 
13,734 
11.814 
10,481 
7,036 
6,134 
5,012 
3,438 
868 

(1.085) 

(2,592) 
(2.803) 

Grand 

(L)=(J)-(M 
177,415 
282,680 
272,258 
358,386 
329,820 
621,065 
563,763 
569,255 
580,129 
580,242 
598,301 
713,673 
743,111 
753,290 
781,919 
797,372 
814,087 
829,421 
849.520 
864.102 
722,471 
725,518 
741,623 
766,323 
788,772 
803,304 
814,624 
840,837 
853,549 

1,055,057 

(114,301) 6,227.265 

(114,301) 6,838,879 
o w  

CPW 
(M) 

177,415 
419,204 
649,879 
920,379 

1,166,144 
1,576,528 
1,919,419 
2,238,116 
2,537,072 
2,812,305 
3,073,534 
3,360,356 
3,635,257 
3,891,762 
4,138,841 
4,386,887 
4,583,071 
4,785,815 
4,978,958 
5,155,920 
5,293,649 
5,420,959 
5,540,746 
5,654,678 
5,762,622 
5,863,812 
5,958,288 
6,048,007 
6,131,859 
6,227,265 

- 
Capilal 

Expendllures 
(N) 
0 
0 
0 

607 
607 

147,762 
147.762 
147,752 
147,762 
155,093 
155,093 
155,093 
155,093 
155.093 
257;945 
257,945 
257,945 
257,945 
257,945 
257.945 
146,766 
146,766 
146,768 
146.766 
146;766 
146,766 
146,768 
146;766 
146.766 
146.766 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2038 
2037 
2038 
2039 
2040 

C A P  
Surplus Value 

MW SIMW-Wk 
958 
388 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2,129 
2.280 
2,412 
2,524 
2,615 
2,685 
2,731 
2,751 
2.745 
2,765 
2,785 
2,805 
2,825 
2,845 
2,866 
2,887 
2,907 
2.928 
2.949 
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2011 
2012 
2013 
2014 
2015 
2016 
2017 
2016 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2026 

KPCo Capacity Resource Optlmizalion 
Costs and Emissions Summary 

Levelized FTCA CSAPR Commodity Pricing, Blg Sandy 2 Refront 

Osmand 
1,033 
1,251 
1,257 
1,243 
1,234 
1,213 
1,196 
1,207 
1,216 
1.224 
1,236 
1,249 
1.255 
1,264 
1,261 
1,293 
1,305 
1.315 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2016 
2019 
2020 
2021 
2022 

. 2023 
' 2024 

2025 
2026 
2027 
2026 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2036 
2039 
2040 

2032 
2033 
2034 
2035 
2036 
2037 
2036 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2016 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2026 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2036 
2039 
2040 

1,357 
1,372 
1,376 
1,369 
1,399 
1,415 
1.427 

so2 
missioni 

10,452 
10,566 
7,296 
5,050 
9,351 
4,097 
4,430 
4,356 
3,557 
4,573 
4.372 
4,559 
4,259 
3,555 
4,559 
3,917 
4,556 
3,664 
4,401 
4,332 
3,536 
4,572 
4,374 
4,558 
4.270 
3,656 
4,559 
3,917 
4,556 
3.866 

2039 
2040 

NSR SO2 
NSR NSR NSR 

1;436 1;127 407 1;534 6.7% 
1,436 1,127 407 1.534 6.9% 

gecJ.g& 
41,961 
49,636 
43,730 
49,724 
39,399 
1,156 
2,062 
2,151 
2,034 
2,124 
2,129 
2,006 
1.746 
2.004 
1,690 
2,104 
1,692 
2,112 
2,104 
1,620 
2,109 
2,116 
2,106 
1,607 
2,065 
2,062 

2,052 8,593 4,541 
2,044 6,593 4,549 
2,035 6,593 4,556 

2,063 6;593 4;530 

SO2 Cam. 
15,325 
15,325 
15,325 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6.593 
6,593 
6,593 
6.593 
0,503 
6,593 
6.593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,583 
6.593 

sumlusl(0eoci~ 
(28,636) 
(34,311) 
(26,405) 
(43,131) 
(32,806) 
5,435 
4,531 
4.442 
4,559 
4,469 
4,464 
4,567 
4,645 
4,589 
4,703 
4,469 
4.701 
4,461 
4,469 
4,773 
4.464 
4,475 
4,487 
4,786 
4,506 
4.511 

c02 
EmissIOnS 

7,367 
6,375 
6,781 

7,368 
5,144 
6,999 
7.418 
6.838 

7,009 

7;446 
7,451 
7.162 
6;266 
6,914 
7.436 
7;716 
7,450 
7.726 
7,562 
7,236 
7,565 
7,914 
7,870 
7,263 
7,471 
7.504 
7,712 
7,495 
7,630 
7,423 

NOX 

-&$J&t- 
6.171 
6,944 
5,751 
5,319 
3,664 
2,069 
2,755 
2,765 
2,433 
1,741 
1,742 
1,676 
1,467 
1,619 
1,662 
1,739 
1,664 
1,742 
1.707 
1.610 
1,711 
1.783 
11774 
1,616 
1,691 
1,701 
1,746 
1,701 
1,732 
1,666 

HG 
(Tons) - East 

0.28 
0.34 
0.29 
0.33 
0.26 
0.1 5 
0.27 
0.28 
0.26 
0.27 
0.27 
0.25 
0.22 
0.25 
0.24 
0.26 
0.24 
0.27 
0.25 
0.23 
0.26 
0.27 
0.26 
0.23 
0.26 
0.26 
0.26 
0.26 
0.26 
0.26 

Summary of Energy Purchases and Sales (Gwli) 
Net Net 

Internal Contract Conlracl 
iuiremen Purciiases sales 
7.432 58 115 
7;476 136 117 
7,457 136 36 
7.469 139 17 
7.479 139 23 
7,468 139 19 
7.505 139 26 
7.536 139 37 
7;571 139 36 
7,604 139 34 
7.646 266 34 
7,685 266 34 
7,744 266 34 
7.796 269 34 
7.646 266 34 
7;696 268 34 
7,947 268 34 
7,909 269 34 
8.044 268 34 
6;093 266 34 
6,143 268 34 
6.195 269 34 
6,241 268 34 
6,269 288 34 
8,339 286 34 
6,369 269 34 
6,439 266 34 
6,466 266 34 
6.536 266 34 

Markel Markel 
Sales - - 

369 1.247 
60 2;136 
607 1,172 
690 1.367 
260 1,242 

2,373 743 
307 655 
154 1.139 

260 1,242 
2,373 743 
307 655 
154 1.139 
341 772 
174 1,132 
151 1,223 
354 1,044 
628 450 
364 702 
185 1,775 
140 1,900 
298 1,632 
167 1.930 
202 1;720 
515 1,712 
212 1,663 
134 1,868 
167 1,829 
474 1,447 
267 1,349 
319 1,317 
273 1,410 
307 1.123 

Market 
Transactlons 

678 
2,057 
365 
677 
982 

(1.630) 
546 
965 
431 
956 

1,072 
690 

316 
1,581 
1,651 
1,533 
1,764 
1,519 
1,197 
1,472 
1,754 
1,642 
973 

1,061 
999 

1,138 
616 

(376) 

299 1,168 671 
8.569 269 34 (255) 443 1.020 577 

Internal Est. Embedded Grand TOTAL 
Total RATE 7equlremcnl 

0.923 
GWh 

6.860 
6,900 
6,863 
6,694 
6,903 
6.911 
6,927 
6,955 
6,966 
7,019 
7,059 
7,102 
7,146 
7,196 
7.242 
7,266 
7,335 
7,363 
7,425 
7,470 
7,516 
7,564 
7,606 
7,651 
7,697 
7,743 
7,789 

- 

7.635 

costs 

280,923 
269,285 
284,367 
301,823 
310,633 
313,409 
321,132 
332,126 
337,451 
340,282 
347,477 
348,845 
360.647 
365,996 
366,701 
377,102 
367,215 
369,382 
389.077 
4 0 6,6 4 5 
414.203 
421,901 
429,743 
437,730 
445,666 
454,153 
462,594 
471.191 

{ALLCOSTS1 

468,336 
551,954 
566,624 
160,209 
640,453 
934,474 
684,895 
901,382 
917,560 
920.523 
945,776 

1,063,518 
1,103,756 
1,119,269 
1 ;I 5O;GZl 
1,174.474 
1,201,282 
1,218,803 
1,246,587 
1,270,747 
1,136,674 
1,147,419 
1,171,366 
1,204,053 
1,234,637 
1,257,457 
1,277,218 
1.312.026 

IMPACT 
(cents I kWh) CAGR (fhrul 

6.8 
8.0 17.2% 
6.2 9.6% 
9.6 11.9% 
9.3 6.0% 
13.5 14.6% 
12.6 1 1 .O% 
13.0 9.6% 
13.1 6.5% 
13.1 7.5% 
13.4 7.0% 
15.0 7.4% 
15.4 7.0% 
15.6 6.5% 
15.8 6.2% 
16.1 5.9% 
16.4 5.6% 
16.5 6.3% 
16.0 5.1% 
17.0 4.9% 
16.1 4.19b 
15.2 3.9% 
15.4 3.6% 
15.7 3.7% 
16.0 3.6% 
16.2 3.5% 
16.4 3.4% 
16.7 3.4% 

7,681 478,949 1,333,496 16.9 3.3% 
7.927 488.669 1,513,926 19.5 3.7% 

ATolol East SO2 Excludes Cardinal 283 Emissions 
"NSR Adjusted Tole1 Includes Emissions lor Cardinal 283. 760 MW Conesville 4, and excludes Becklord, Stuart 1-4, Zlmmer, all Gas Units, and IGCC's 8 PC's 

Resource Planning 
Created on: October 6,2011 

2029 1,324 
2030 1 11335 
2031 1.348 

Exisling 
cBI].cilv 

1,115 
1,316 
1,317 
1,367 
1.106 
373 

1,116 
1,115 
1,119 
1,117 
1,131 
1,131 
1,131 
1,131 
1.1 31 
1,131 
1,131 
1,131 
1,131 
1,131 
1,131 
1,131 
1,123 
1,123 
1,127 
1,127 
1,127 
1.127 

Case 
Expansion Capacity 

___ Plan Chanqea 
0 
0 
0 
0 
0 

-737 MW Relrolii, 0 
0 

1- 407 MW CC, 407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 

East Reserve Margin - MW 

RwidEd COIII zwP.12 

Total 
cBI].cilv 

1,115 
1,316 
1,317 
1,387 
1,108 
373 

1,116 
1,115 
1,119 
1,117 
1,131 
1,131 
1,131 
1,131 
1,536 
1,536 
1,536 
1,536 
1,536 
1.538 
1,536 
1.538 
1,530 
1,530 
1,534 
1,534 
1,534 
1.534 

Reserve 
Margin-% 

6.0% 
5.2% 
4.8% 
11 .6% 
-10.2% 
-58.3% 
-6.6% 
-7.6% 
-8.2% 
-6.6% 
-6.6% 
-8.4% 
-8.6% 
-10.5% 
20.1% 
19.0% 
17.9% 
17.0% 
16.2% 
15.2% 
14.1% 
13.4% 
11 .G% 
11.1% 
10.5% 
9.7% 
8.4% 
7.5% 
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KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary 
Levellzed FTCA CSAPR Commodlty Pricing, Big Sandy 2 Retroflt 15 year booltlife 15 year operating life 

Optimal Plan Cost Summaw ISOOO) 
Markel 

Fuel 
cost 

Annual Costs (A) 
- 

2011 198,123 
2012 250;465 
2013 227,817 
2014 276,567 
2015 275.707 
2016 165,005 
2017 2 3 6.3 5 5 

2022 252.602 

2028 370.359 

2033 447,273 
2034 447,051 
2035 454,296 
2035 461,313 
2037 471.550 
2038 476,551 
2039 478,951 
2040 488,818 

2011 Net PresentVoluc 
Period of 2011-2040 3,204.949 

Base Case OSM 2011-2040 
Utiliiy Cost Present Value 2011-2040 

Contract 
Revonuc 

(6) 
(12,700) 
(21,183) 
(30,153) 
(38,222) 
(51.088) 
(48,054) 
(53,834) 
(54,857) 
(56.908) 
(50,754) 
(72,859) 
(73,893) 
(72,531) 
(77A47) 
(60,870) 
(61,862) 
(02,001) 
(63,743) 
(65,061) 
(64,315) 
(‘53,037) 
(G0,345) 
(69,414) 
(70,888) 
(72,637) 
(74.583) 
(75,139) 
(7616d31) 
(77,191) 
(78.080) 

(585.233) 

Base Rate lmpacls 
Market Fuel & Carrying Incremental 

RevenueMCoQ Transactions OBM 
(C) ( W A ) - ( W C )  (0 (R 

40.914 169.997 
95;923 
37,371 
58,226 
45.044 
(05,222) 
28,377 
51,107 
22.817 
50.028 
57,490 
44,072 
(27,181) 
21,273 
136,139 
156,979 
134,514 
155,602 
141.804 
118,179 
(09,603) 
62,755 
55,820 
43,390 
20,338 
17.841 
26.551 
7,426 
2,962 

(12,601) 

539,438 

175,725 
220,599 
256,564 
281,,751 
290,281 
261,812 
250,068 
276,191 
266,118 
278.430 
282,423 
325,222 
311,705 
260,804 
259,503 
279,429 
277.510 
2931989 
314,024 
450,028 
446,192 
460,868 
474 549 
506;595 
510.054 
520,138 
545,856 
553;181 
579.500 

3,250,744 

0 
0 
0 

GO7 
607 

147,752 
147,752 
147,762 
147,762 
155.093 
155,093 
155,093 
155,093 
155,093 
257,945 
257,845 
257,945 
257,945 
257,945 
257,945 
146,766 
309,163 
309,163 
309,163 
309,153 
309.163 
309,163 
300,163 
309,163 
309,163 

1,445,922 

0 
0 
0 
0 
0 

76,499 
137.403 
149,018 
139,475 
140,051 
143,776 
143,739 
140,117 
150,129 
166,903 
176.504 
174,027 
184.827 
188,259 
184,860 
77,114 
56,185 
57,416 
58,231 
60,412 
61,609 
62,525 
64,240 
64,888 
67,044 

9 3 9.9 0 5 

0 
0 

GO7 
607 

224,261 
285,165 
296,780 
287,237 
295,154 
298.869 
298,832 
295,210 
305,222 
424,848 
434,449 
432,772 
442.772 
446,204 
442.805 
223,800 
365,348 
366,579 
367,394 
369.575 
370.772 
371.688 
373,403 
374.051 
376,207 

2,385,827 

2,997,442 

Total 
cost 

(H)=(D)+(G) 
169,997 
175,725 
220,599 
257,171 
282,358 
522,542 
546,977 
554,848 
563,428 
561,271 
577,298 
581,255 
620,431 
616,927 
685,653 
694,032 
712.201 
720,282 
740,193 
756,829 
673,908 
811,540 
827,447 
841,943 
876,169 
888.826 
891.826 
919.258 
927,231 
955,707 

.__ 

5,636,571 

Velua 01 
Rllowancos 
Consumed 

(1) 
7,418 
86,954 
51,659 
102,595 
29,795 
2.302 
1,511 
626 
572 
0 
0 

108,290 
96,073 
106,998 
116,552 
122,595 
119,821 
125,870 
124,708 
121.007 
87,504 
81,763 
82,533 
82;179 
79.102 
80,909 
85,981 
04,219 
87,245 
05.763 

651.803 

Grand 
Total 

(J).(H)+(O 
177,415 
262,600 
272,258 
359,766 
312,153 
524,845 
548,488 
555,473 
564,000 
561,271 
577,298 
689,545 
716,505 
723,925 
802,205 
816,627 
832,023 
846,152 
864,981 
877.836 
761.412 
893,303 
909,980 
924,722 
955,272 
969,735 
977,807 

1,003,177 
1,014,476 
1,041.550 

6,288,374 

6,899,989 
w 

Value of - ICAP 

bM 
0 

1,379 
(17,667) 
(96,221) 
(1 5,275) 
(13,781) 
(16,129) 
(18,970) 
(21.002) 
(24.128) 
(26,606) 
(29.365) 
20,285 
19,255 
17,955 
16,731 
15,461 
13,734 
11,814 
(11,943) 
(15,560) 
(16,624) 
(17.910) 
(19,649) 
(22,386) 
(24,507) 
(26,493) 
(26,352) 

Grand 

W(J)-(K) 
177,415 
252,680 
272,258 
358.386 
329,820 
621,065 
563,763 
569,255 
580,129 
500,242 
598,301 
713,673 
743,111 
753,290 
781,919 
797,372 
814,067 
829,421 
849,520 
864.102 
749,598 
905,247 
925,540 
941,346 
973,102 
989,385 

1,000,193 
I ,027,g~ 
1,040,959 
1,067,902 

1141.068) 6,429,412 
. o .w  
(141,060) 7,041,056 

CPW 

177,415 
419.204 
649,079 
929,379 

1,166,144 
1,575,526 
1,919,419 
2,238,116 
2,537.072 
2,812,305 
3,073334 
3,360,356 
3,635,257 
3,891,762 
4.136.841 
4,366.887 
4,503,071 
4,785315 
4,976,958 
5,155,920 
5,298,820 
5,457,618 
5,607.161 
5,747,115 
5,880,285 
8,004,925 
6,120.ODG 
6,230,610 
6,332,075 
6,429,442 

___ 
(M) 

Capital 
Exoendllures 

(N) 
0 
0 

607 
GO7 

147,762 
147,762 
147,762 
147,762 
155,093 
155,083 
155,093 
155,093 
155,093 
257,945 
257,945 
257,945 
257,945 
257,945 
257,945 
146,766 
309.163 
309;163 
309,163 
309,163 
309,163 
309,163 
309,163 
309,153 
309,163 

ICAP 
Surplus Value 

MW $NW-Wk 
2011 0 
2012 0 
2013 0 
2014 45 
2015 (225) 
2016 (930) 
2017 i m j  
2018 (109) 
2019 (197) 
2020 (206) 
2021 RUG) 
2022 i21d 
2023 (224) 
2024 (234) 
2025 155 
2026 142 
2027 129 
2028 I18 
2029 I08 
2030 96 
2031 82 
2032 (02) 
2033 (107) 
2034 (113) 
2035 (121) 
2035 (132) 
2037 (149) 
2030 (162) 
2039 (174) 
2040 (172) 

958 
380 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,950 
2,129 
2,280 
2,412 
2,524 
2,615 
2,685 
2,731 
2,751 
2,745 
2,765 
2,785 
2,805 
2,825 
2,845 
2,868 
2,887 
2,907 
2,928 
2,949 
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2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 

2038 

Emissions 
Tolal East 

10A52 
10,586 
7,296 
5,050 
9,351 
4,097 
4,430 
4,358 
3,557 
4,573 
4,372 
4,559 
4,269 
3,655 
4,559 
3,917 
4,558 
3,884 
4,401 
4,332 
3,536 
4,572 
4,374 
4,558 
4,270 
3,658 
4,559 
3.917 

NSR SO:! 
NSR NSR NSR 

Adlusled Tolal a SO2 C a m  SurplusllDeflclI) 
41,961 15,325 (26,636) 
49,636 15,325 (34,311) 
43,730 15,325 (28,405) 
49,724 6,593 (43,131) 
39,399 6,593 (32,806) 
1.158 6.593 5.435 
2;062 61593 4;531 
2,151 6,593 4,442 
2,034 6,593 4,559 
2,124 , 6,593 4.469 
2,129 6,593 4,464 
2.006 6.593 ' 4.587 
1;748 61593 4;845 
2,004 6,593 4,589 
1,890 6.593 4,703 
2.104 6.593 4.489 
1;BDZ 6;593 4;701 
2,112 6,593 4,481 
2,104 6,593 4,489 
1.820 6,593 4.773 
911 6,593 5,682 
0 6,593 6,593 
0 G.593 6.593 
0 6;593 61593 
0 6,593 6,593 
0 6,593 6,593 
0 6,593 6.593 
0 6,593 8,593 
0 ' 6,593 6,593 
0 6,593 6,593 

COZ 
Emissions 

7,387 
8,375 
6,781 
7,009 
7.369 
5,144 
6,999 
7,419 
6,938 
7,448 
7,451 
7,182 
6,288 
6,914 
7.436 
7,718 
7,450 
7,726 
7,562 
7,236 
5,166 
4,765 
4,748 
4,701 
4.434 
4.477 
4,696 
4,541 
4,644 
4.506 

NOX 

Tolal East 
6,171 
6,944 
5,751 
5,319 
3,884 
2.089 
2;755 
2,785 
2,433 
1.741 
I ;742 
1,676 
1,467 
1,619 
1,662 
1,739 
1,664 
1.742 
1,707 
1,610 
1,088 
787 
784 
780 
715 
727 
779 
744 
773 
739 

ired FTCA 

HG 
(Tons) 
- East 
0.29 
0.34 
0.29 
0.33 
0.28 
0.15 
0.27 
0.20 
0.26 
0.27 
0.27 
0.25 
0.22 
0.25 
0.24 
0.26 
0.24 
0.27 
0.26 
0.23 
0.12 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 

Summaw of Enerqv Purcliases and Sales [Gwh) 

lniornal Contract Conlracl Contract Market Market Market 
Roquirsmsnts - Transactions Purchases ___ Sabs Trnnsaclians 

Not Ne1 

2011 
2012 
2013 
201'1 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 

7.432 
7.476 
7,457 
7,469 
7,479 
7,408 
7,505 
7,536 
7,571 
7.604 
7.648 
7,695 
7,744 
7,798 
7,846 
7,896 
7,947 
7,999 
8,044 
8.093 
8,143 
8,195 
8,241 
8.289 
6,339 
8,389 
8,439 
8,488 
0.538 

58 
138 
138 
139 
139 
139 
139 
130 
139 
139 
288 
288 
288 
280 
288 
280 
288 
209 
288 
288 
288 
289 
288 
208 
288 
289 
288 
288 
288 

115 
117 
36 
17 
23 
19 
28 
37 
36 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 

369 
80 
807 
690 
260 

2,373 
307 
154 
341 
174 
151 
354 
828 
384 
185 
140 
299 
I67 
202 
515 

1,503 
405 
400 
512 
576 
588 
535 
598 
865 

1,247 878 
2,136 2,057 
1;172 365 
1,367 677 
1.242 982 
743 (1.630) 
855 548 

1,139 985 
772 431 

1,132 958 
1,223 1,072 
1.044 GOO 
450 (378) 
702 318 

1,775 1,591 
1,990 1,851 
1,832 1,533 
1,930 1.764 
1,720 1,519 
1,712 1,197 
524 (979) 
957 552 
872 464 
802 289 
617 41 
590 1 
639 104 

511 1154) 
502 (97) 

20401 8,589 289 34 717 418 i3ori 

ATolal East SO2 Excludes Cardinal 283 Emissions 

KPCo Capacity Resource Optimization 
Costs and Emlssions Summary 

SAPR Commodity Pricing, Big Sandy 2 Retrofit 15 year boolrlife 15 year opamiing life 

Internal Est Embedded Grand TOTAL 
equlremenl Cosls Tolal RATE 

0.923 IMPACT 
___ GWli lorno) {ALL COSTS1 kenls I kWli) CAGR lllinrl 

6.860 290.923 
6;900 289;285 
6,883 294,367 
6,894 301,823 
6.903 310.633 
6,911 313,409 
6,927 321,132 
6,955 332,128 
6,988 337,151 
7,019 340,282 
7,059 347,477 
7,102 349,845 
7,148 360,647 
7,198 365,998 
7,242 368,701 
7,268 377,102 
7,335 387,215 
7,383 389,382 
7,425 399,077 
7,470 406,645 
7,516 414,203 
7,564 421,901 
7,606 429,743 
7,651 437,730 
7,697 445,866 
7,743 454,153 
7.789 462,594 
7.835 471,101 
7,881 479,949 

4 6 8,3 3 8 G.8 
551,964 8.0 17.2% 
566,624 8.2 9.8% 
660.209 0.6 11.9% 
640,453 0.3 8.0% 
934,474 13.5 14.6% 
884,895 12.8 11.0% 
901,382 13.0 9.6% 
917,580 13.1 8.5% 
920,523 13.1 7.5% 
945,778 13.4 7.0% 

1,063,518 15.0 7.4% 
1,103,758 15.4 7.0% 
1,119,289 15.6 6.5% 
1,150,621 15.9 6.2% 
1,174,474 16.1 5.9% 
1,201,282 15.4 5.6% 
1,218,803 16.5 5.3% 
1,248,597 16.8 5.1% 
1,270,747 17.0 4.9% 
1,153,801 15.5 4.2% 
1,327,148 17.5 4.8% 
1,355,282 17.8 4.5% 
1,379,076 18.0 4.3% 
1,419.048 18.4 4.2% 
1,443.537 18.8 4.1% 
1,462,786 18.n 4.0% 
1,499,175 18.1 3.9% 
1.520.918 19.3 3.8% 

7:927 488.869 1:556:772 19.6 3.7% 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

East Reserve Maroin -MW 

Damand 
1,033 
1,251 
1,257 
1,243 
1,234 
1,213 
1,198 
1,207 
1,218 
1,224 
1,238 
1,249 
1,255 
1,264 
1,281 
1,293 
1,305 
1,315 
1,324 
1,335 
1,348 
1,357 
1,372 
1,378 
1,389 
1,399 
1,415 
1,427 
1.438 

Exisling 
coescllv 

1,115 
1,316 
1,317 
1,367 
1,108 
373 

1,116 
1,115 
1,119 
1,117 
1,131 
1,131 
1,131 
1,131 
1,131 
1 ,1 31 
1,131 
1.131 
1,131 
1,131 
1,131 
399 
391 
391 
395 
395 
395 
395 
395 

Case 
Expansion Capacity Tolal Resarva 

__ Plan Cao8cilv Chansos Marctin-% 

1-737 MW Relrolil. 

1-407 MW CC. 

1 -578 MW CC, 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

407 
407 
407 
407 
407 
407 
407 
985 
985 
985 
985 
985 
985 
985 
985 

1,115 
1,316 
1,317 
1,387 
1,108 
373 

1,116 
1,115 
1.119 
1,117 
1,131 
1,131 
1,131 
1,131 
1,538 
1,538 
1,538 
1,538 
1,538 
1,538 
1,538 
1,384 
1,376 
1,375 
1,380 
1,380 
1.380 
1,380 
1,380 

8.0% 
5.2% 
4.8% 
11.6% 
-10.2% 
69.3% 
6.8% 
-7.6% 
-8.2% 
-8.8% 
-8.6% 
-9.4% 
-9.8% 
-10.5% 
20.1% 
19.0% 
17.9% 
17.0% 
16.2% 
15.2% 
14.1% 
2.0% 
0.3% 
-0.2% 
4.7% 
-1.4% 
-2.5% 
-3.3% 
-4.1% 

985 1,380 -3.9% 11436 395 

'NSR Adjusted Total Includes Emissions lor Cardinal 2&3,780 MW Conesville 4, and excludes Beckjord. Stuart 1-4, Zimmor, all Gas Unlls, end IGCC's 6 PC's 

Resource Planning 
Croaled on: Dclober 6.2011 
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KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary 
Levelized FTCA CSAPR Commodity Pricing, Big Sandy 1 Repower 20-30 

Optimal Pian Cost Summary ($000) 

Fuel 
___ cost 

Annual Costs (A) 
2011 196,123 
2012 250,465 
2013 227,617 
2014 276,567 
2015 306,560 
2016 261.946 
2017 261.110 
2016 2721816 
2019 271,631 
2020 277,705 
2021 2115,926 
2022 297,847 
2023 295.710 
2024 306,254 
2025 393,703 
2026 410,116 
2027 417,943 
2026 429.257 
2029 436.546 
2030 446;505 
2031 455,572 
2032 466,710 
2033 473,614 
2034 483.665 
2035 463;601 
2036 491.083 
2037 5 0 0, 9 9 9 
2036 499.784 
2039 509,032 
2040 511,476 

2011 Net Present Value 
Period ol2011-2040 3,574,130 

Bass Case OBM 2011-2040 
Ulllily Cost Present Valuo 201 1-2040 

Contracl 
&y&g& 

(6) 
(12,766) 
(21.163) 
fJ0.153) 
~38,222) 
(45,520) 
(47.605) 
(46,021) 
(46,171) 
(45,631) 
(46,675) 
(61,526) 
(62,960) 
(62,635) 
(63,573) 
(58,312) 
(59,436) 
(60,004) 
(61,112) 
(62.691) 
(62,616) 
(64,317) 
(64,710) 
(66,050) 
(67,499) 
(69,616) 
(71,173) 
(71,342) 
(73,241) 
(74,264) 
(76,024) 

(535,075) 

Base Rats Impacts 
Markol Fuel B Carwlna Incremental 

37,371 
56,226 
93.574 
(10,420) 
(24,758) 
(15,660) 
(30,291) 
(1 5,262) 
(1 0,464) 

(39,826) 
(36,796) 
99,655 
100,540 
104,034 
97,556 
66,970 
99,640 
69,630 
107,526 
103,064 
102,033 
74,349 
75,349 
03,539 
61.040 
65.129 
46,326 

(11,911) 

449,472 

220,599 
256,564 
250,514 
320,174 
331.889 
334;665 
347.853 
339,662 
357.837 
372;725 
396,181 
406,633 
352.361 
3691015 
373,913 
392,612 
412,267 
409.473 
430,060 
423,902 
436.600 
449;151 
476,066 
407,707 
466,602 
51 1,905 
51 6.1 07 
541,176 

3,658,732 

0 
607 
607 

216,791 
216,791 
216,791 
216,791 
224,122 
224,122 
224,122 
224,122 
224.122 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
146,766 
146,766 
146,766 
146,766 
146,766 

1,612,173 

0 
(0) 
(0) 

45.523 
33,267 
42,246 
43,056 
44,126 
45,120 
46,127 
47,357 
46,406 
49,646 
67,359 
70,140 
71,257 
73,527 
75,375 
76,646 
79,413 
60,720 
62,426 
64,412 
66.694 
86,252 
69,390 
91,072 
92,616 
124,603 

452,326 

- Tolal 
(G)=(E)+(R 

(0) 
0 
(0) 

607 
46,130 
250,056 
259,039 
259,647 
260,919 
269,242 
270,249 
271.479 
272,530 
273,770 
394,333 
397,114 
3 9 6,2 3 1 
4 0 0,5 0 1 
402,349 
403,620 
406,367 
407,694 
409,400 
411,366 
413,666 
235,016 
236,156 
237,636 
2 3 9.3 6 4 
271,569 

2,264,489 

2,876,114 
w 

Total 
&sJ 

(H)=(D)+(G) 
169,897 
175.725 
220,599 
257.171 
3 0 4,6 4 3 
570,233 
590,929 
594,513 
606,672 
609.104 
626,166 
644,204 
670,711 
662,402 
746,604 
766,126 
772,144 
793,313 
614,616 
613,293 
636,446 
631.506 
6 4 6,O 0 0 
6 6 0,5 3 7 
892,537 
722-724 
724.957 
749,623 
757,571 
612,746 

5,924,232 

Market 
Value of 

Allowances 
Consumed 

(1) 
7,416 
66,954 
51,659 
102,595 
35,151 
1,727 
981 
397 
356 
0 
0 

65,479 
61,326 
63,294 
75,377 
75,338 
76,306 
77,225 
76,259 
60,663 
76,657 
04,626 
65,546 
66,676 
62,550 
64,625 
69,675 
67.425 
91,212 
89,166 

543,392 

Grand 

(J)=(H)+(I) 
177,415 
262,660 
272,256 
359,766 
339.704 
571,960 
591 ,Dl 0 
594,910 
609,227 
609,104 
626,166 
709,663 
732,038 
745,696 
622,071 
641,466 
650,452 
670,536 
890,675 
683,956 
915,303 
916,221 
831,548 
947,413 
975,087 
007,349 
614,632 
837,246 
648,763 
901,912 

6,467,624 

7,079,239 
w 

Value of - ICAP 

B 
0 

1,379 
2,451 

(16,179) 
(12,240) 
(10,015) 
(12,585) 
(14,619) 
(16,195) 
(16,906) 
(21,014) 
(23,450) 
25,475 
25,666 
24,539 
23,426 
22,206 
20,466 
16,594 
17,320 
13,915 
13,062 
11.990 
10,466 
7,947 
6,044 
4,276 
4,840 

(1 1,944) 
0 

(11,944) 

Grand - Tolal 
W(J)-(K) 
177,415 
262,660 
272,256 
356,366 
337,344 
568,139 
604,150 
605,627 
621,623 
623,723 
644,361 
728,569 
753,052 
769.146 
795,596 
615,798 
625,913 
647,110 
666,668 
673,489 
896,709 
698,901 
917,631 
934,351 
963,087 
796,663 
606,685 
631,204 
644,505 
697,272 

6,479,556 

7,091,162 
w 

- CPW 
(M) 

177,415 
419,204 
649,679 
929,378 

1,171,545 
1,560,171 
1,927,627 
2,266,799 
2,507,241 
2,663,100 
3,164,449 
3,457,265 
3,735,644 
3,997,746 
4,247,113 
4,462,475 
4,701,605 
4,908,673 
5,104,325 
5,205,230 
5,456,175 
5,613,910 
5,762,125 
5,901,039 
6,032,839 
6,133,220 
6,226,754 
5,315,467 
6,396,430 
6,479,568 

Capilal 
Exoonditures 

(W 
0 
0 

607 
607 

216,791 
216,791 
216,701 
216,791 
224,122 
224,122 
224,122 
224,122 
224,122 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,974 
326,874 
326,874 
326,874 
326,974 
146,766 
146,765 
146,766 
146,766 
146,766 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2016 
2010 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2020 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2036 
2039 
2040 

MW 
0 
0 
0 
45 
31 

(158) 

(154) 
(156) 
(150) 
(171) 

(187) 
202 
169 
176 
155 
155 
143 
129 
120 
95 
69 
61 
70 
53 
40 
20 
30 

(142) 
(150) 

(177) 

SMW-Wk 
956 
306 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1.774 
1,950 
2.129 
2,260 
2,412 
2,524 
2,615 
2,665 
2,731 
2,751 
2,745 
2,755 
2.785 
2,005 
2.025 
2,645 
2,666 
2,667 
2,907 
2,926 
2.949 
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2011 
2012 
2013 

2015 
2015 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 

2014 

so2 
Emission 

10,452 
10,586 
7,296 
5,050 
9,351 
4,097 
4430 
4,358 
3,557 
4,573 
4,372 
4,559 
4,269 
3,855 
4,559 
3,917 
4,558 
3,884 
4,401 
4,332 
3,536 
4.572 

~~~~ 

2040 3.885 

I 
2011 
2012 
201 3 
2014 
2015 
2016 
2017 
2010 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

NSR SO2 
NSR NSR NSR 

Adiusled Total SO2 Cms. Surdusl(DeOcil~ 
41,961 15,325 (26,836) 
48,636 15,325 (34,311) 
43.730 15,325 (28,405) 
49,724 6,593 (43,131) 
45.784 . 5,593 (39.171) 

0 5.593 5.593 
0 6;593 6;593 
0 6,593 6,593 
0 6.593 8,593 
0 6,593 6,593 
0 6,593 6,593 
0 6,593 5,593 
0 6,593 6,593 
0 6.593 6.593 
0 6;593 6;593 
0 8,593 6,593 
0 6.593 8,593 
0 5.593 6.593 
0 6;593 Gi593 
0 6,593 6,593 
0 6.593 6,593 
0 6.593 6.593 
0 6;593 6;593 
0 6,593 6,593 
0 5,593 6.593 
0 6.593 5.593 

c 0 2  
Emissions 

7.387 
ai375 
6.781 
7,009 
8,110 
4,176 
4,028 
4,244 
4,026 
4.338 
4,327 
4,342 
4,014 
4,090 
4,809 
4,743 
4,869 
4,740 
4,621 
4,824 
4,855 
4,932 
4,921 
4,934 
4,627 
4,583 
4,898 
4,714 
4,855 
4,685 

NO% 

6,171 
6,944 
5,751 
5,319 
6,039 
1 ,635 
1,812 
1,793 
1,505 
764 
762 
764 
694 
709 
008 
783 
814 
781 
154 
800 
758 
622 
620 
622 
754 
767 
819 
781 
014 
777 

HG 
(Tons) 
Easl 
0.29 
0.34 
0.29 
0.33 
0.32 
0.01 
0.01 
0.01 
0.01 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 

- 

Summary of Energy Purchascs and Sales (Gwh) 

nlernal Contract Conlnct Conlract Market Market Market 
ulrerncn Purclissos Tronsaclions Pllrchnses sill.s Trrlnwctions 

7.432 58 115 57 369 1.247 878 

Not Net 

7,475 138 117 (22) 80 2.135 2,057 
007 1,172 365 
690 1,367 677 

7,457 138 36 (102) 
7.469 139 17 (127.) 

139 1,927 1,788 
621 388 (253) 

7.479 139 23 (116) 
7.480 139 19 (120) 

7,538 139 37 (102) 622 319 (303) 
7,571 139 36 (103) 043 279 (565) 
7,604 139 34 ( W  612 346 (267) 
7,640 288 34 (254) 569 393 (175) 
7,695 208 34 (254) 559 390 (169) 
7,744 288 34 (254) 855 268 (585) 
7,790 209 (2551 007 278 (529) 

7,505 139 28 (1 11) 786 284 (482) 

7.846 268 (2541 421 1,408 906 
7,895 288 (2541 346 1.384 1,038 
7.947 286 (254) 390 1,439 1,049 
7,999 289 (255) 390 1,336 946 
8,044 288 (254) 424 1,223 BOO 
0.093 288 1254) 409 1,338 928 
8,143 200 12541 461 1,259 798 
8,195 289 
8,241 288 
0?289 288 
8.339 280 
8,389 289 
8,439 288 
8,488 288 
0.538 288 
8.589 289 

34 
34 
34 
34 
34 
34 
34 
34 
34 (254 425 1,397 972 
34 (254) 402 1,307 904 
34 1254) 364 1,250 887 
34 (254) 497 1,038 541 
34 (255) 470 1,009 531 

402 1,024 622 
512 859 347 

34 (254) 
34 (254) 
34 (254) 470 864 394 
34 (255) 572 743 171 

KPCo Capacity Resource Optimization 
Cos& and Emissions Summary 

velized FTCA CSAPR Commodity Pricing, Big Sandy 1 Repower 20-30 

internal Esl. Embedded 
laquirement Costs 

0.923 
__. GWh 

6,060 290,923 
6,900 289,285 
6,883 294,367 
6,894 301.823 
6,903 310,633 
6,911 313,409 
6,927 321,132 
6,955 332,120 
6.988 337.451 

Grand 
Tolal 

{ALL COSTS1 

468,338 
551,964 
566,624 
860,209 
547,977 
801,548 
925,281 
937.954 
959.275 

TOTAL 
RATE 

IMPACT 
fconls I kWh) CAGR Ilhrul 

6.8 
0.0 17.2% 
0.2 9.0% 
9.0 11.9% 
9.4 8.3% 
13.0 13.8% 
13.4 11.8% 
13.5 10.2% 
13.7 9.1% 

7,019 340i282 964,005 13.7 8.1% 
7,059 347.477 991,850 14.1 7.5% 
7,102 349.845 1,078.434 15.2 7.5% 
7.148 360.647 1 .I 13.699 15.8 7.1% 
7,190 385,998 1,135,144 15.8 6.7% 
7.242 358,701 1,164297 16.1 6.3% 
7.288 377.102 1,192.899 15.4 6.0% 
7,335 387,215 1,213,128 16.5 5.7% 
7,383 389,382 1,236.491 16.7 5.4% 
7,425 399,077 1,267,745 17.1 5.2% 
7,470 406,645 1,280,134 17.1 5.0% 
7,515 414.203 1,310,911 17.4 4.8% 
7,564 421,901 1,320,802 17.5 4.6% 
7,806 429.743 1,347.374 17.7 4.4% 
7,651 437.730 1,372,081 17.9 4.3% 
7.697 445.866 1,408,862 10.3 4.2% 
7,743 454,153 1,251,036 16.2 3.5% 
7,789 462,594 1,269.278 16.3 3.4% 
7.835 471,191 1,302,395 16.0 3.4% 
7.881 479,949 1,324,451 16.8 3.3% 
7.927 488,869 1.386.141 17.5 3.3% 

'Tolai Easi SO2 Excludas Cardinal 2B3 Emissions 
NSR Adjusied Tolai Includes Emissions for Carddinel 283,780 MW Conasviti~ 4. end axcludos Beckjord. Stuart 1-4, Zlmmer. ail Gas Unlls. and IGCC's B Pc's 

201 1 
2012 
201 3 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2028 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2038 
2037 
2038 
2039 
2040 

East Rcservc Marsin - MW 

Dsmvnd 
1,033 
1,251 
1,257 
1,243 
1.234 
1,213 
1,198 
1,207 
1,218 
1,224 
1,238 
1,249 
1,255 
1,264 
1,281 
1,293 
1,305 
1,315 
1,324 
1,335 
1,348 
1,357 
1,372 
1,370 
1.389 
1,399 
1,415 
1,427 
1.438 

Existing 

1,115 
1,315 
1,317 
1,387 
1.364 
1,153 
1,152 
1,154 
1.162 
1,164 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,179 
1,171 
1,171 
1,175 
1,175 
1,175 
1,175 
1.175 

ca50 
Expansion Capacity Total ResaNe 

Plan Cailaclhl Chanaes Marain ~ % __ 

-700 MW Repower, 

1-407MW CC, 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 

1,115 
1,316 
1,317 
1,387 
1,364 
1 ,I 53 
1 ,I 52 
1,154 
1.162 
1,164 
1,179 
1,179 
1,179 
1,179 
1.586 
1.586 
1,586 
1,586 
1,585 
1.586 
1,586 
1,586 
1,570 
1,578 
1,582 
1.582 
1,582 
1.582 
1.582 

8.0% 
5.2% 
4.8% 
11.6% 
10.6% 
-5.0% 
-3.9% 
-4.4% 
-4.6% 
-4.9% 
-4.8% 
4.6% 
4.1% 
4.8% 
23.8% 
22.8% 
21 5% 
20.6% 
19.8% 
10.0% 
17.6% 
16.9% 
15.0% 
14.5% 
13.9% 
13.1% 

10.8% 
10.0% 

11.8% 

1.436 1,175 407 1,582 10.1% 

Resource Planning 
Created on: Oclobor 6, 2011 

Avaldcd Cmla 2009.12 
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DRAFT 

KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary 
Levelizcd NGCC Replacement FTCA CSAPR Commodity Pricing 

Optlmal Plan Cost Summary (SOOO) 
Markel 

Base Rale lmpacls 
Fuel 8 Carwlnq Incremental 

Value of 
Allowances 
Consumed 

(1) 
7,418 
86,954 
51,658 
102,595 
29,797 
1,730 
983 
398 
356 
0 
0 

65,933 
61,817 
63,787 
75,723 
75,810 
78,712 
77,680 
76,755 
81,114 
79,339 
85,113 
85,772 
87,547 
83,055 
85,148 
80,083 
87.914 
81.723 
89,527 

541,384 

Fuel Conlracl - cost Revenue 
(A) (B) 

198,123 (12,788) 
250,465 (21,183) 
227,817 (30,153) 
276,567 (38,222) 
275,723 (51.088) 
265,889 (48,190) 
26$,88l (46.427) 
276,542 (46,684) 
275,802 (46,745) 

Tolal , 
___ cost 

(H)=(D)+(G) 
169,997 
175,725 
220,588 
257,171 
282,356 
571,924 
582,645 
596,167 
610,319 
610,304 
629,193 
644,433 
670,747 
682,210 
745.672 
764,846 
770,672 
791,617 
812,742 
811,022 
833,884 
828,604 
842,066 
856,785 
888,429 
898,649 
900,779 
925,291 
932,731 
957,840 

5.9 B 9,5 6 0 

Grand m 
(J)=(H)+(I) 
177,415 
262,680 
272,258 
359,766 
312,153 
573,654 
593,628 
596,565 
610,676 
610,304 
629,193 
710,366 
732,564 
745,997 
821,395 
840,656 
849,384 
869,297 
889,498 
892,136 
913,223 
913,717 
927,838 
944.332 
971,484 
983,797 
990,862 

1,013,205 
1‘024,455 
1,047,366 

6 ~ 5 4 0,9 4 4 
611.615 

7,152,559 

Value of Grand ICAP 
Surplus Value 

MW SIMW-Wk 

Market 
Revenuel(Cos4 

40.914 
(C) 

Expendllures Capllal 

(N) 
0 
0 
0 

607 
607 

219,322 
219,322 
219,322 
219.322 

m 
(G)=(E)+(O 

(0) 

T) 
607 
608 

252,683 
261,578 
262,242 
263,060 
271,196 
272,033 
273,097 
273,973 
275,004 
395,262 
397,908 
398,778 
400,864 
402,561 
403,739 
406,080 
407,136 
408.419 

OBM - 
(0 
(0) 

(0) 
(0) 

33,361 
42,256 
42,920 
43,738 
44,543 
45,380 
46,444 
47,320 
48,351 
65,757 
68,403 
69,273 
71,359 
73,056 
74,234 
76,575 
77,631 
78,914 
80,990 
82,817 
84,290 
85,183 
86,844 
88,291 
90,192 

406,823 

W W C P W  
(10 (L)=(J)-(K) (M) 
0 177,415 177,415 
0 262,880 419,204 
0 272,258 649,879 

Transacllons 
(D)=(A)-(B)-(c) 

169,997 
175,725 
220,599 
256.564 

Annual Cos:s 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

7 
0 

607 
607 

219,322 
219,322 
219,322 
219.322 
226,653 
226,653 
226,653 
226,653 
226,653 
329,505 
329,505 
329,605 
329,505 
329,505 
329.505 
329,505 
329.505 
329,505 
329,505 
329,505 
329,505 
329,505 
329,505 
329,505 
329,505 

1,927,380 

0 
0 
0 

45 
(225) 
(341 
(18) 
(26) 
(30) 
(34) 
(35) 
(47) 
(53) 
(53) 
326 
313 
300 
289 
279 
267 
253 
244 
219 
213 
205 
184 
177 
164 
152 
154 

958 
388 
161 
595 

1.507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2,129 
2,280 
2,412 
2,524 
2,615 
2,685 
2,731 
2.751 
2,745 
2,765 
2,785 
2,805 
2,825 
2,845 
2.866 
2.887 
2,907 
2,928 
2.949 

95;923 
37,371 
58.226 1,379 358,386 929,379 

(17,667) 320,819 1,166,144 
(3,454) 577,108 1,517,481 
(1.589) 595.217 1,009,604 
(1,871) 598,436 2,244,539 
L2.460) 613.136 2.560.503 

45;062 

(19,759) 
(10,689) 
(24,712) 
(9,953) 
(5,000) 

(33,065) 
(29,869) 
104,722 
106,929 
108,782 
103,872 
93,777 
106.218 

(5,1611 

(5357) 

281,748 
319,241 
331.067 
333,925 
347,259 
339,109 
357,159 
371,336 
396,774 
407,206 
350.410 
366,838 
371,894 
390,753 
410.181 
407,283 
427,804 
421,467 
433.647 

281,618 (47,534 
290,148 (62.012) 
302.092 (63.388) 

(3;174 613;483 2;851;504 
(3,555) 632,747 3,127,774 
(5.177) 715,543 3,415,347 
(6,312) 738,877 3,688,682 
(7.897) 753.884 3.945.392 

226;653 
226,653 
226,653 
2 2 6,6 5 3 
226.653 

300;374 (63;334j 

397,097 (58.035) 
313,032 (64,305) 

414,742 (59.125) 
421,946 (59,730) 
433,804 (60,821) 
441,578 (62,380) 
451,055 (62.446) 
460,422 (63.887) 
471,622 (64,318) 
475.881 (65,655) 
490,443 (67,175) 
488,660 (69.177) 
497,150 (70,743) 
505,038 (70,949) 
504,709 (72,900) 
514,193 (73,770) 
515,003 (75,518) 

42,751’ 778.645 4,189,444 
42.532 798.124 4.419.707 
41.849 807,536 4,634,157 
41.037 828.260 4.836.618 
39.942 848.556 5.027.769 
38.167 853,969 5,204.G32 
36,423 876.800 5,371,781 
35.277 878.440 5,525,926 
32.000 895.837 5,670,821 
31,279 913.053 5.806.368 
30.337 941,147 5,935,165 
28,946 854,851 6,055,444 
26.560 964,302 6,157,254 
24.791 988.414 6,272,745 
23,160 1.001.295 6.371.112 
23,658 1,023.708 6,463 682 

329;505 
320,505 
329,505 
329.505 
329,505 
329,505 
329,505 
329,505 
328,505 
329.505 
328,505 
329,505 
329,505 
329,505 
329,505 
329,505 

96,615 
114,474 
107.888 
111;328 
81,730 
83,039 
89.906 
68,668 
73.028 
52,379 

446.290 
476,107 
484.854 

410;495 
412,322 
413.795 

486;082 
508,941 
514,935 
538,143 

414;698 
416.349 
417,796 
419.697 

2011 Net Prcsent Value 
Period of 201 1-2040 3,582,748 (540,539) 

Base Case O&M 2011-2040 
Ulllily Cos: Present Value 2011-2040 

457,930 3.665.357 2.334.203 
611.615 

2,945,818 

77,262 6,463,682 
0611.615 

77,262 7,075,247 

Resource Planning 
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KPCo Capacity Resource Optimiwtion 
Costs and Emissions Summary 

Levellzed NGCC Replacement FTCA CSAPR Commodity Pricing 

4,882 
4,704 

201 1 
2012 
2013 
2014 
201 5 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

'. 2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

I 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 

' 2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

I 779 

s o 2  
mission: 

10,452 
10,586 
7,296 
5,050 
9,351 
4,097 
4,430 
4,358 
3,557 
4,573 
4,372 
4,559 
4,269 
3,655 
4,559 
3,917 
4,558 
3,884 
4,401 
4,332 
3,536 
4.572 
4,374 
4,558 
4,270 
3,658 
4,559 
3,917 
4,558 
3.886 

NSR SO2 
NSR NSR NSR 
- SO2 Caps. SurpluslfDeflcil' 
41.961 15.325 (26.636) 
49.636 
43,730 
49,724 
39,402 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

15,326 i34,31ij 
15,325 (28.405) 
6.593 (43,131) 
6,593 (32,809) 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6.593 
6,593 6,593 
6.593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6.593 
6,593 6.593 
6,593 6,593 
6.593 6,593 
6,593 6,593 

0 6,593 6,593 

c02 
Emissions 

7,387 
8,375 
6.781 
7,009 
7,370 
4,209 
4,059 
4,273 
4,056 
4,368 
4.358 
4,373 
4.046 
4,122 
4,831 
4,773 
4,894 
4,768 
4,652 
4,851 
4.684 
4,960 
4,934 
4,972 
4,656 
4,712 
4,920 
4,740 

NOX 

Total East 
5.171 
6,944 
5,751 
5,319 
3,884 
1,638 
1,815 
1,796 
1,508 
767 
765 
767 
697 
712 
810 
786 
817 
784 
757 
803 
761 
825 
821 
826 
757 
771 
821 
784 
817 

HG 
(Tons) 
East 
0.29 
0.34 
0.29 
0.33 
0.28 
0.01 
0.01 
0.01 
0.01 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 

__ 

Summary of Energy Purchasos and Sales (Gwli) 

nlernai Contract Coniract Conlract Market Market Market 
ililremenPurchases m Transactions Purchases m Transactions 

Net Net 

7,432 
7,476 
7,457 
7,469 
7,479 
7,488 
7,505 
7.536 
7,571 
7,604 
7.648 
7.695 
7,744 
7,798 
7,846 
7,896 
7,947 
7,999 
8.044 
8.093 
8.143 
8.195 
0,241 
8.289 
8,339 
8,389 
8,439 
8.488 

58 
138 
138 
139 
139 
139 
139 
139 
139 
139 
288 
288 
288 
289 
288 
288 
288 
289 
288 
288 
288 
289 
288 
268 
288 
289 
288 
288 

115 
117 
36 
17 
23 
19 
28 
37 
36 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 

369 
80 
807 
690 
260 
575 
716 
580 
789 
571 
529 
519 
797 
752 
421 
333 
387 
378 
407 
402 
447 
414 
419 
345 
484 
466 
400 

1,247 
2,136 
1,172 
1,367 
1,242 
410 
316 
355 
311 
384 
436 
427 
298 
309 

1.465 
1,449 
1,502 
1,398 
1,265 
1,401 
1,319 
1,460 
1,359 
1,334 
1,099 
1,072 
1,078 

878 
2,057 
365 
677 
982 
(165) 
(400) 
(225) 
(478) 
(187) 
(93) 
(91) 
(499) 
(443) 
1,044 
1,117 
1,116 
1,020 
879 
999 
872 

1,047 
940 
989 
615 
606 
678 

34 499 915 416 
8,538 288 34 (254) 457 920 464 
8.589 289 34 (255) 567 785 218 

lnlernal Est. Embedded Grand TOTAL 
Tolal RATE muiremenl Cosls 

0.923 
__ GWh m 
6,860 290.923 
6.900 289,285 
5,883 294,357 
6,894 301,823 
6,903 310,533 
6,911 313,409 
6,927 321 I 132 
6,955 332,128 
6.988 337,451 
7,019 3 4 0,2 8 2 
7,059 347,477 
7.102 349.845 
7,148 360,647 
7,198 365,998 
7,242 368,701 
7,288 377,102 
7,335 387.215 
7.383 389,382 
7.425 399,077 
7,470 406.645 
7,516 414,203 
7,564 421.901 
7,606 429.743 
7,651 437,730 
7,697 445,866 
7,743 454,153 
7,789 462.594 

{ALL COSTS1 

468,338 
551,964 
566,624 
660,209 
640,452 
890,518 
916,348 
930,564 
9 5 0,5 8 7 
953,765 
980,224 

1,065,388 
1,099,524 
1,119,892 
1,147,346 
1,175422G 
1,194,751 
1,217,642 
1,248,633 
1,260,614 
1,291,003 
1,300,341 
1,325,580 
1,350,783 
1,387,012 
1,409,004 
1,426,895 

IMPACT 
jcents / kWh) CAGR llhrul 

5.8 
8.0 17.2% 
8.2 9.8% 
9.6 11.9% 
9.3 8.0% 
12.9 13.5% 
13.2 11.7% 
13.4 10.1% 
13.6 9.0% 
13.6 7.9% 
13.9 7.4% 
15.D 7.4% 
15.4 7.0% 
15.6 6.5% 
15.8 6.2% 
16.1 5.9% 
15.3 5.6% 
15.5 5.3% 
15.8 5.1% 
16.9 4.9% 
17.2 4.7% 
17.2 4.5% 
17.4 4.4% 
17.7 4.296 
18.0 4.1% 
18.2 4.0% 
18.3 3.9% 

7,835 471,191 1,159,605 18.6 3.8% 
7,881 479,949 1,481,244 18.8 3.7% 
7.927 488.869 1.512.578 19.1 3.6% 

ATotal East SO2 Excludes Cardlnal 2&3 Emlssions 
' NSR Adjusted Total includes Emissions for Cardinal 283, 780 MW Conesvllle 4, and excludes Eeckjord, Stuart 1-4, Zimmer, ai1 Gas Unils, and IGCC's 8 PC's 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

East Reserve Margin - MW 

1,033 
1,251 
1,257 
1,243 
1,234 
1,213 
1,198 
1,207 
1,218 
1,224 
1,238 
1,249 
1,255 
1.264 
1.281 
1,293 
1,305 
1,315 
1,324 
1,335 
1,348 
1,357 
1.372 
1,378 
1.389 
1,399 
1,415 

Existing 
CasaclfV 

1,115 
1,316 
1,317 
1,387 
1,108 
1,277 
1,276 
1,278 
1.286 
1,288 
1,303 
1,303 
1,303 
1.303 
1,303 
1,303 
1,303 
1,303 
1,303 
1,303 
1,303 
1,303 
1.295 
1,295 
1,299 
1,299 
1.299 

case 
Expansion Capacily Total Reserve - Pian Chanses Capacity Marsin ~ 5 

-904 MW NGCC. 

1-407 MW CC. 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 

1,115 
1,316 
1,317 
1,387 
1,108 
1,277 
1,276 
1,278 
1,286 
1,288 
1,303 
1,303 
1,303 
1,303 
1,710 
1,710 
1,710 
1,710 
1,710 
1.710 
1,710 
1,710 
1,702 
1,702 
1,706 
1,706 
1,706 

8.0% 
5.2% 
4.8% 
11 .6% 
-10.2% 
5.3% 
6.5% 
5.9% 
5.6% 
5.2% 
5.2% 
4.3% 
3.8% 
3.1% 
33.5% 
32.2% 
31.0% 
30.0% 
29.1% 
28.1% 
26.8% 
26.0% 
24.0% 
23.5% 
22.8% 
21.9% 
20.5% 

1,427 1,299 1,706 19.5% 
1,438 1,299 407 1,706 18.6% 
1,436 1,299 407 1.706 18.8% 

Resource Planning 
Crealed on: Oclober 6, 201 1 
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DRAFT 

KENTUCKY POWER COMPANY 
KPCD Capacity Resource Optimization 

Costs  and Emissions Summary 
Levelized Market Replacement FTCA CSAPR Commodity Pricing 

Opllmal Pian Cost Summary ($000) 
Markel 

Fuel 
cos1 

Annual Cos% (A) 
__ 

2011 198,123 
2012 250.455 
2013 227;817 
2014 276,567 
2015 275,707 
2016 72,505 
2017 69:730 

2022 76.760 
2023 69;002 
2024 72,372 
2025 81,642 
2026 78.048 
2027 84,784 
2028 80,991 
2029 78,423 
2030 87,541 
2031 81,748 
2032 93.974 
2033 95;736 
2034 97,730 
2035 88,055 
2036 91,935 
2037 103.500 
2038 99,098 
2039 107,502 
2040 102,551 

2011 Not Present Value 
Period of2011-2040 1,609,713 

Base Case OBM 2011-2040 
Ulilily Cost Present Valuo 2011-2040 

Conlract 
Revenue 

(8) 
(12,788) 
(21,183) 
(30,153) 
(38,222) 
(51,088) 
(39,933) 
(38,322) 
(37.921) 
(30,170) 
(38,014) 
(52,948) 
(53,230) 
(53,442) 
(55,536) 
(55,412) 
(57,715) 
(57,284) 
(57,681) 
(58,015) 
(59,668) 
(61,063) 
(61,736) 
(60,574) 
(60,581) 
(61,315) 
(52,216) 
(62.847) 
(63,655) 
(53,288) 
(64,152) 

(488,474) 

Base Rnto lmpacls 
Markel Fuel 8 Cartying lncremcnlal 

Revenuel(Cosl) Transactions Charges O&M 
(C) (D)=(A)-(B)-(C) (E) (0 

40.914 169,997 
95;923 
37,371 
58,226 
45,044 

(262,595) 
(276.01 3) 
(270,260) 
(290.487) 
(279,386) 
(279,891) 
(327,351) 
(360.11 1) 
(367,589) 
(361,955) 
(379,843) 
(380,130) 
(404.862) 
(427,618) 
(421,887) 
(452,898) 
(440.654) 
(458,091) 
(475.043) 
(520,192) 
(532,274) 
(528.007) 
(561.317) 
(568.402) 
(604,085) 

(2,333,106) 

175,725 
220,599 
256,564 
281,751 
375,034 
384,065 
385,130 
399,689 
392,657 
409,307 
457,341 
482,555 
495,506 
499,009 
515,607 
522.199 
5431534 
564,057 
569,OBG 
595,709 
596,384 
614,401 
533,355 
669,562 
586,425 
694.354 
724,070 
739,182 
770,798 

4,431,292 

0 
0 
0 

607 
607 

36,583 
36,583 
36,583 
36,583 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43.914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43.914 
43,914 
43,914 
43,914 
43,914 
43,914 

302,827 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 

0 
0 

607 
607 

36,583 
36,583 
36,583 
36,583 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43.914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43,914 
43.914 
43,914 
43,914 
43.914 

302.627 

914,241 

Told 
cost 

(H)=(D)+(G) 
16B,997 
175,725 
220,589 
257,171 
282,358 
411,617 
420,648 
421,713 
436.272 
436.571 
453.221 
501,255 
526,468 
539,420 
542.923 
559,521 
566,113 
587,448 
607,971 
613.010 
639,523 
640,278 
658,315 
677,289 
713.476 
730,339 
738,268 
767,984 
783,106 
814,712 

__ 

4.733.918 

Value of 
Allowances 
Consumed 

0) 
7,418 
86,954 
51,659 
102,595 
29,795 
1,596 
895 
359 
317 
0 
0 

41,846 
37,415 
38,892 
43.499 
41,408 
44.620 
42,317 
40,691 
45,003 
41,777 
47,748 
48,243 
48,860 
43,703 
45,438 
50,811 
48,344 
52,131 
49.460 

408,190 

Grand 

(J)=(H)+(I) 
177,415 
262,680 
272,258 
358,766 
312,153 
413,213 
421,543 
422,072 
436.589 
436,571 
453,221 
543,102 
5 6 3,8 8 4 
578,313 
586,421 
600,930 
510,733 
628,765 
648,662 
658,013 
681,400 
688,025 
706,558 
726,128 
757,179 
775,775 
789,078 
816,328 
835,238 
864.172 

Valueof Grand 

1.379 358.386 
(l7,6G7) 329:820 
(96,221) 509,433 
(70,238) 500.781 
(G7.811) 489,083 
UG.3551 512.944 
i86;584j 523;156 
(95,708) 548.027 
(105,268) 648,370 
(113,486) 677,380 
(121,283) 699,505 
(129.327) 715,748 
(135,760) 736,680 
(141.167) 751,900 
(145.139) 774.004 
(147,575) 796,237 
(148,881) 806,994 
(152,073) 833,473 
(154,577) 842.603 
(159,220) 865,779 
(181,319) 887,448 
(163.0481 820.827 
{166;436j 9421211 
(170.230) 058.308 
(173.416) 989,743 
(176,474) 1.011.712 
(177.414) 1,041,585 

5.142.409 (846.673) 5.989.082 

5,754,024 (846,673) 8.600.696 
- 0 5 1 1 . 5 1 5  

- CPW 
o\n) 

177,415 
419,204 
649,879 
929,378 
166,144 
502.763 
807.349 
081,610 
345.943 
594,088 
833.769 
094,346 
344,931 
583,152 
807,491 
020,030 
219,705 
,409,123 
,588,277 
,755,411 
,914,301 
,062,157 
,201,997 
,333,938 

5,459,953 
5,578,641 
5,680,871 
5,795,504 
5,894,894 
5,889,082 

Capital 
ExDendilures b“’ 

0 
0 

607 
607 

36,583 
36,583 
36,583 
36.583 
43,914 
43.914 
43,914 
43,914 
43.814 
43.914 
43,914 
43,814 
43,914 
43,914 
43,914 
43,914 
43,914 
43,014 
43,914 
43.914 
43.914 
43.914 
43,914 
43.914 
43.914 

Surplus 
MW 

2011 0 
2012 0 
2013 0 
2014 45 

2015 2016 (225) (938) 
2017 2018 (922) (930) 

2019 2020 (934) (938) 

2021 2022 (939) (951) 

2023 (957) 
2024 (967) 
2025 (985) 
2026 (998) 
2027 (1,011) 
2028 (1,022) 

2029 2030 (1,032) (1,044) 
2031 11.058) 
2032 iikj 
2033 (1,092) 

2034 2035 (1,090) (1,106) 
2036 (1,117) 
2037 (1,134) 
2038 (1,147) 
2039 (1,159) 
2040 (1,157) 

ICAP 
Valuo 

SNW-Wk 
958 
388 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2,129 
2,280 
2,412 
2,524 
2.615 
2,685 
2,731 
2,751 
2,745 
2,765 
2,785 
2,805 
2,825 
2,845 
2,866 
2,887 
2,907 
2,928 
2,940 

Resourao Planning 
Crealed on: October 6, 2011 
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DRAFT 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 

.2023 

KPCo Capacity Rcsourcc Optimization 
Costs and Emissions Summary 

Lcvcilzcd Marlrcl Rcplsccment FTCA CSAPR Commodity Pricing 

so2 NSR SO2 
Emissions NSR N S R  NSR - Aditisled Told E SO2 CaDs. Surolus/(Delicit) 

10,452 41,961 15.325 (26,636) 
10,586 49,636 15,325 (34,311) 
7,296 43,730 15,325 (28*405) 
5,050 49,724 6,593 (43,131) 
9.351 39,399 6,593 (32,806) 
4.097 0 6,593 6,593 
4,430 0 6,593 5,593 
4,358 0 6,593 6,593 
3,557 0 6,593 6,593 
4,573 0 6,593 6,593 
4,372 0 6,593 6,593 
4,559 0 6,593 6,593 
4.269 0 6,593 6.593 

COZ 
Emissions 

7,387 
8,375 
6,781 
7,009 
7.389 
2,600 
2,470 
2,695 
2.470 

2039 
2040 

NWX 

Tolai Earl 
6,171 
6,944 
5,751 
5.319 

4,558 0 6,593 6,593 
3.886 0 5.593 6.593 

HG 

East 
0.29 
0.34 
0.29 
0.33 
0.28 
0.01 
0.01 
0.01 
0.01 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 

(Tons) - 

3;884 
1,465 
1,644 
1,627 
1.337 

2;783 
2.775 
2.775 
2.449 

6;593 6;593 
6,593 6,593 
5,593 6,593 
6,593 6,593 

0 6,593 6.593 

539 2,513 
2,775 
2.607 
2.774 
2.597 
2,466 
2,591 
2,466 
2.783 
2,775 
2,775 
2,450 
2,514 
2.775 
2.607 
2,775 
2,599 

20291 4.401 I 0 6.593 6.593 
577 
529 
596 
595 
595 
525 
539 
595 
559 
595 
557 

6,593 6,593 
6,593 6,593 
6,593 6,593 
6,593 6.593 

20341 4.550 I 0 6.593 6.593 
2035 4;270 6,593 6,593 
20361 3,658 I 6,593 6,593 
2037 4,559 6,593 5,593 
2038 3.917 0 6,593 6.593 

East RCSEN~ Maroin -MW lnlcrnal Est. Embcddcd Grend TOTAL 
Total RATE 

IMPACT 
{ALL COSTS) (cents I kWh) CAGR flhru) 

Summary of Encrqy Purchases and Sales IGwII) 
Net  Net Cise 

Expansion Capacity Total Resorvc 
Chanaos CaI)aoItv Maroin-% 

0 1,115 

equlremcnl Costs 
Exisling 
CRl)aCily 

1,115 
1,316 
1,317 
1,387 
1,108 
373 
372 
374 
382 
384 
399 
399 
399 
399 

399 
399 
399 
399 
399 
399 
399 
391 
391 
395 
395 
395 
395 
395 

399 

lnlernei Contract Conirocl Contract Market Markel Markel I Rcquiroments Purchases - Transacltons Purchases Transactions 
0,923 
__ GWh (GmD) Demand 

1,033 
1.251 
1,257 
1,243 
1,234 
1,213 
1,198 
1,207 
1.218 
1,224 
1,238 
1,249 
1.255 
1,264 
1,281 
1,293 
1,305 
1,315 
1,324 
1,335 
1.348 
1,357 
1,372 
1.378 
1,389 
1,399 
1,415 
1.427 

8.0% 
5.2% 
4.8% 
11 .6% 
-10.2% 
48.3% 
49.0% 
49.0% 
48.7% 
48.6% 
47.8% 
48.1% 
48.2% 
48.5% 
48.9% 
49.2% 
49.5% 
-69.7% 
49.9% 
-70.1% 
-70.4% 
-70.6% 
-71.5% 
-71.7% 
-71.6% 
-71.8% 
-72.1% 
-72.3% 
-72.6% 

7,432 
7.476 
7,457 
7,469 
7,479 
7,488 
7,505 
7,536 
7,571 
7.604 
7,648 
7,695 
7,744 
7,798 
7,846 
7.896 
7,947 
7,999 
8.044 

58 
138 
138 
139 
139 
139 
139 
139 
139 
139 
288 
288 
288 
289 
288 
288 
288 
289 
266 
288 
288 
289 
200 
288 
288 

115 
117 
36 
17 
23 
19 
20 
37 
36 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 
34 

1.247 
2,136 
1,172 
1,367 
1,242 

878 
2,057 
365 
677 
982 

(4,621) 
(4.778) 
14.579) 
(4,055) 
(4,566) 
(4.458) 
(4,495) 
(4,902) 
(4.070) 
(4,646) 
(4,859) 
(4.7371 
(4.980) 
(5.165) 
(4,965) 
(5.252) 

6,850 290.923 
6,900 289.285 
6,803 294,367 
6,894 301,823 
6,903 310,633 
6,911 313,409 
6,927 321,132 
6,955 332,128 
6.988 337,451 
7,019 340,282 
7,059 347.477 
7,102 349,845 
7.148 360,647 
7,198 365,988 
7,242 360,701 
7.288 377.102 

468,338 G.8 
551,964 8.0 17.2% 
566,524 8.2 9.8% 
660,209 9.6 11.9% 
640.453 9.3 8.0% 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

369 
80 
807 
690 
260 

4,621 
4,778 
4,579 
4,855 
4,566 
4,458 
4,495 
4,902 
4.870 
4,646 
4.859 
4,737 
4,980 
5,165 
4,965 
5,252 
4,966 
5,041 
5,103 
5,514 
5.507 
5,297 
5,536 
5.436 
5.683 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 

0 1;316 
0 1,317 
0 1,387 
0 1,108 
0 0 373 372 

0 0 374 382 

0 384 
0 399 
0 399 

822;842 11.9 11.8% 
821,912 11.9 9.6% 
822,011 11.8 8.2% 
850.395 12.2 7.5% 
863,437 12.3 6.8% 
896,404 12.7 6.4% 
998,215 14.1 6.8% 

1,038,027 14.5 6.5% 
1,065,584 14.8 6.1% 
1,084,149 15.0 5.0% 
1.113.792 15.3 5.5% 

0 399 
0 399 
0 399 
0 399 
0 0 399 399 

0 0 399 399 

0 399 
0 399 
0 391 
0 391 
0 395 
0 395 
0 395 
0 395 
0 395 

71335 3871215 
7,383 389,382 
7,425 399,077 
7.470 406.545 

1;139;115 15.5 5.3% 
1,164.286 15.8 5.0% 
1,195,314 I G . l  4.9% 
1,213,639 16.2 4.7% 
1,247,675 1G.G 4.5% 
1,264,504 16.7 4.4% 
1,295,521 17.0 4.2% 
1,325,178 17.3 4.1% 
1,366,892 17.0 4.1% 
1,396,364 10.0 4.0% 
1.421.901 18.3 3.9% 

0;093 
8,143 
8.195 
8.241 

7,516 414,203 
7,564 421,901 
7,606 429,743 
7,651 437,730 
7,697 445,866 
7,743 454,153 
7.789 462.594 

34 
34 
34 
34 
34 
34 
34 34 

34 
34 

8.289 (254) 
1254) 0;339 

8,389 
8,439 
8.488 
8,538 

20401 8.589 

7;835 471;191 1;460;935 18.6 3.8% 
7.881 479,949 1,491,661 18.9 3.7% 
7,927 488.869 1,530,458 19.3 3.6% 

1;438 ~~~ 

1,436 395 0 395 -72.5% 289 
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DRAFT 

KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary 
Levoiized Market Replacement to 2025 then 852 Replacement CC Added FTCA CSAPR Commodity Pricing 

Optimal Plan Cost Summary ($000) 
Markel 

Fuel - cos1 
Annual Costs (A) 

2011 198,123 
2012 250,465 
2013 227.817 
2014 276;567 
2015 275.707 
2016 72,505 
2017 69,730 
2018 76.949 
2019 71;023 
2020 75.257 
2021 76;468 
2022 76,760 
2023 69,002 
2024 72,372 
2025 433,917 
2026 454,347 
2027 462.813 
2028 4751076 
2029 484.538 
2030 494,314 
2031 505,594 
2032 516,656 
2033 520,376 
2034 539,528 
2035 637,833 
2036 545.481 
2037 555;920 
2038 554.677 
2039 565,263 
2040 565,104 

2011 Nei Present Value 
Period of 2011-2040 2,796.836 

Base Case OBM 2011-2040 
Uliliiy Cos1 Presenl Value 201 1-2040 

Conlracl 
Revenue 
(6) 

(12,788) 
(21,183) 
(30,153) 
(38,222) 
(51,088) 
(39,933) 
(38.322) 
(37,921) 
(38,178) 
(38,014) 
(52,948) 
(53,230) 
(53,442) 
(55,536) 
(56,413) 
(57,259) 

(58,791) 
(59,964) 
(60,240) 
(61,839) 
(61,931) 
(62,995) 
(64,291) 
(66,258) 
(67,351) 
(67,787) 
(69,721) 
(70,804) 
(72,550) 

(57,878) 

(494,808) 

Base Rale lmpacls 
Markel Fuel 6 CarNina Incremental 

Revenuel(Cos0 Transactions 

40,914 169,997 
95,923 175,725 
37,371 220.599 
56,226 
45.044 

(C) (O)=(A)-W-(C) 

(262,595) 
(276,013) 
(270,260) 
(290,487) 
(279,386) 
(279,891) 
(327,351) 
(360,111) 
(367,599) 
156,711 
161.383 
166,023 
160,361 
151,904 
165,823 
159,080 
177,696 
170,954 
179,868 
151,124 
151,936 
162,927 
141,607 
148.372 
127,788 

(585,150) 

256;564 
281,751 
375,034 
384,065 
385,130 
399,689 
392,657 
409,307 
457,341 
482,555 
495,506 
333,619 
3 5 0 2 24 
354,668 
373,507 
392,597 
388,731 
408,353 
400,891 
412,417 
423,951 
452,967 
460,696 
460,779 
482,791 
487,695 
509,866 

3,876,794 

0 
0 
0 

607 
607 

36,583 
36,583 
36,583 
36,583 
43,914 
43,914 
43,914 
43,914 
43,914 
356,636 
356,636 
3 5 6,6 3 6 
356,636 
356,636 
356,636 
356,636 
356,636 
3 5 GI 6 3 6 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 

1,207,804 

- OBM 
(0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

71,982 
74,946 
76,034 
78,230 
80,152 
81,511 
84,136 
85,335 
86,707 
89,306 
91,280 
92,810 
94,115 
95,843 
97,563 
99,546 

240,620 

(G)=(E)+(F) 
0 
0 
0 

607 
607 

36,583 
36,583 
36,583 
36,583 
43,914 
43,914 
43,914 
43,914 
43,914 
428,618 
431,582 
432,670 
434,866 
436.788 
438,147 
440,772 
441,971 

445,942 
447,916 
449,446 
450,751 
452,479 
454,199 
456,182 

443,343 

1,448,424 

2,060,039 
611.615 

Tolal 
cos1 

169,997 
175,725 
220,599 
257,171 
282,358 
411,617 
420,648 
421,713 
436,272 
436,571 
453,221 
501,255 
526,469 
539,420 
762,237 
781.805 
787,338 
808,373 
829,386 
826,878 
849,125 
842,862 
855,760 
869,893 
9 0 0,8 6 3 
910,342 
911,530 
935,270 
941,694 
966,048 

CH)=K+(G) 

5,325,218 

Value of 
Allowances 
Cons u m e d 

0) 
7,418 
86,954 
51,659 
102,595 
29,795 
1,596 
895 
359 
317 
0 
0 

41,846 
37,415 
38,892 
79,464 
79,839 
82,826 
81,801 
81,010 
85,398 
83,817 
89,574 
90,180 
92,405 
67,915 
89,933 
95,101 
92,845 
96,758 
94,468 

526.682 

Grand 
___ Total 

(J)=(H)+(I) 
177,415 
262,680 
272,258 
359,766 
312,153 
413,213 
421,543 
422,072 
436,589 
436,571 
453,221 
543,102 
563,884 
578,313 
841,702 
861,644 
670,164 
890,173 
910,396 
912,276 
932,942 
932,436 
945,941 
962,298 
988,798 

1,000,275 
1,006,631 
1,028,116 
1,038,651 
1,060,516 

5,851,900 

6,463,515 
611.615 

Value of Grand 
CAP Total CPW 
(K) (L)=(J)-W) (M) 
0 177,415 177,415 
0 262,680 419,204 
0 272,258 649,879 

1,379 358,386 929,379 
(17,667) 329,820 1,166,144 
(96,221) 509,433 1,502,763 
(79,238) 500,761 1,807,349 
(67,811) 489,883 2,081,610 
(76,355) 512,944 2,345,943 
(86,584) 523,156 2,594,098 
(95.706) 548,927 2,833,769 
(105,268) 648,370 3,094,346 
(113,496) 677,380 3,344,931 
(121,283) 699,595 3,583,152 
64,882 776,840 3,826,639 
65,441 796,203 4,056,348 
65,365 804,799 4,270,071 
64,960 825,213 4,471,787 
64,037 846,359 4,662,218 
62,215 850,062 4,838,272 
60,643 872,299 5,004,563 
59,672 872,764 5,157,712 
56,571 889,370 5,301,362 
56,027 906,272 5,436,102 
55,264 933,535 5,563,856 
54,051 946,223 5,683,049 
51,646 954,765 5,793,755 
50,260 977,856 5,898,119 
48,812 989,839 5,995,361 
49,495 1,011,021 6,086,784 

_ _ _ _ _ _ _ _ -  

(234,884) 6,086,764 

(234,884) 6,698,399 
0 6 1 1 . 6 1 5  

Expendiiures Capilal 

(N) 
0 
0 
0 

607 
607 

36,583 
36,583 
36,583 
36,583 
43,914 
43,914 
43,914 
43,914 
43,914 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 
356,636 

surplus 
MW 

2011 0 
2012 0 
2013 0 
2014 45 
2015 (225) 
2016 (838) 

2017 2018 (922) (930) 
2019 (934) 
2020 (938) 
2021 (939) 
2022 (951) 
2023 (957) 
2024 (967) 
2025 494 
2026 481 
2027 468 
2028 457 
2029 448 
2030 436 
2031 422 
2032 412 
2033 388 
2034 381 
2035 373 
2036 363 
2037 345 
2038 332 
2039 321 
2040 323 

ICAP 
Value 

SIMW-Wh 
958 
388 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2,129 
2,280 
2,412 
2.524 
2;615 
2.685 
2;731 
2,751 
2,745 
2,765 
2.785 
2;805 
2,825 
2,845 
2,866 
2,887 
2,907 
2.928 
2;949 
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2014 
2015 
2016 

'2017 
,2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 

. 2034 
.2035 
2036 
2037 
2038 
2039 
2040 

I SO2 

5;050 
9,351 
4,097 
4,430 
4.358 
3,557 
4,573 
4,372 
4,559 
4,269 
3,655 
4,559 
3,917 
4.558 
3,884 
4,401 
4,332 
3,536 
4,572 
4,374 
4,558 
4,270 
3,658 
4,559 
3,917 
4,558 
3.886 

Emissions 
Told East 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 

2025 
2028 
2027 
2028 
2025 
203C 
2031 
2032 
203? 
2034 
20313 
203E 
203i 
203E 
203: 
204C 

NSR SO2 
NSR I'ISR NSR 

Adiusled Total B SO2 Caps. Sur~ ius /~Oc l ic i l~  
41,961 15,325 (26,636) 
49,636 15,325 (34,311) 
43.730 15.325 (28.405) 
49;724 6,593 
39,399 6,593 

0 6,593 
0 6,593 
0 6,593 
0 6.593 
0 6;593 
0 6,593 
0 6.593 
0 6;593 
0 6.593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6,593 
0 6.593 

&13;131j 
(32,806) 
6,593 
6.593 
6;593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6,593 
6.593 
6.593 
6,593 
6,593 
6,593 
6,593 
6,593 
6.593 

0 6,593 6,593 
0 6,593 6,593 

coz 
Emissions 
Tolal Easl 

7,387 
8,375 
6,781 
7,009 
7,369 
2,600 
2,470 
2,695 
2,470 
2,783 
2,775 
2,775 
2,449 
2,513 
5,070 
5,026 
5,150 
5,021 
4,909 
5,107 
4.948 
5,220 
5,188 
5,248 
4,928 
4,976 
5,195 
5.006 
5,150 
4.963 

LE\ 

NOX 

Tolal Easl 
6,171 
6,944 
5,751 
5,319 
3,884 
1,465 
1 ,644 
1,627 
1,337 
597 
595 
595 
525 
539 
836 
813 
844 
812 
785 
831 
790 
853 
849 
856 
786 
799 
851 
812 
846 
807 

zed Market 

HG 
(Tons) 
Easl 
0.29 
0.34 
0.29 
0.33 
0.28 
0.01 
0.01 
0.01 
0.01 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 
0.00 

__ 

Summary of Energy Purchases and Sales (Gwh) 
NPI Ne1 

in I em a I 
Reouiremenls 

7.432 
7,476 
7,457 
7.469 
7,479 
7,488 
7.505 
7,536 
7,571 
7,604 
7,648 
7,695 
7,744 
7,798 

7,846 
7,896 
7,947 
7,999 
8.044 
8;093 
8.143 
8,195 
8,241 
8,289 
8,339 
8,389 
8,439 
8,488 
8.538 
8.589 

Conlracl 
Purchases 

58 
138 
138 
139 
139 
139 
139 
139 
139 
139 
288 
288 
288 
289 

Conlracl 
&& 
115 
117 
36 
17 
23 
19 
28 
37 
36 
34 
34 
34 
34 
34 

Markel 
Purchases 

369 
80 

807 
690 
260 

4,621 
4,778 
4,579 
4,855 
4,566 
4,458 
4,495 
4,902 
4,870 

Markel Markel 
_ _ -  Sales Transacllon! 

1,247 878 
2,136 2,057 
1,172 365 
1,367 677 
1,242 982 

(4,621) 
(4.778) 
(4,579) 
(4,855) 
(4,566) 
(4.458) 
(4,495) 
(4.902) 
(4.870) 

288 
288 
288 
289 
288 
288 
288 
289 
288 
288 
288 
289 
288 
288 
288 
289 

34 
34 
34 34 

34 34 

34 34 

34 
34 
34 

34 
34 
34 
34 
34 

332 2,009 
245 2.030 

(254) 
(254) 

293 2,088 
290 1,974 

(254) 

292 1,848 
(255) 
(254) 
(254) 308 1,980 

318 1,889 
31 5 2,047 

(254) 
(255) 
(254) 318 1,922 
(254) 225 1,941 
(254) 332 1,665 
(255) 322 1,622 
(254) 247 1,645 
(254) 326 1,441 

(255) 370 1.271 
(254) 276 1,447 

1,676 
1,786 
1,795 
1,684 
1,556 
1,672 
1,571 
1,732 
1,604 
1,716 
1,333 
1,300 
1,398 
1,115 
1,171 
901 

Resource Planning 
Croaled on: October 6, 2011 

KPCo Capacity Resource Optimization 
Costs and Emissions Summary 

,placement lo 2025 tlien BSZ Replacement CC Added FTCA CSAPR Commodity Pricing 

lnlemal Est. Embedded Grand TOTAL 
lequiremanl 

0.923 
___ GWh 

6,860 
6,900 
6,883 
6,894 
6,903 
6,911 
6,927 
6,955 
6.988 
7,019 
7,059 
7,102 
7,148 
7,198 

7,242 
7,288 
7,335 
7,383 
7,425 
7,470 
7,516 
7,564 
7,606 
7,651 
7,697 
7,743 
7,789 
7,835 

costs 

290,923 
289,285 
294.367 
301,823 
310,633 
313,409 
321,132 
332,128 
337,451 
340,282 
347,477 
349,845 
360,647 
365,998 

3 6 8 I 7 0 1 
377,102 
387,215 
389,382 
399,077 
406,645 
414.203 
421,901 
429,743 
437,730 
4 4 5,8 6 6 
454,153 
4 6 2,5 9 4 
471,191 

Total 

!ALL COSTS) 

468,338 
551,964 
566,624 
660,209 
640,453 
822,842 
821,912 
822,011 
850,395 
863,437 
896,404 
998,215 

1,038,027 
1,065,504 

1,145,541 
1,173,304 
1,192,014 
1,214,595 
1,245,436 
1,256,706 
1,286,501 
1,294,665 
1,319,112 
1,344,002 
1,379,401 
1,400,376 
1,417,379 
1,449,048 

RATE 
IMPACT 

(cents / kWh) CAGR llhru) 

6.8 
8.0 17.2% 
8.2 9.8% 
9.8 11.9% 
9.3 8.0% 

11.9 11.8% 
11.9 9.6% 
11.8 8.2% 
12.2 7.5% 
12.3 6.8% 
12.7 8.4% 
14.1 6.8% 
14.5 6.5% 
14.8 6.1% 

15.8 6.2% 
16.1 5.9% 
16.3 5.6% 
16.5 5.3% 
16.8 5.1% 
16.8 4.9% 
17.1 4.7% 
17.1 4.5% 
17.3 4.3% 
17.6 4.2% 
17.9 4.1% 
18.1 4.0% 
18.2 3.8% 
18.5 3.8% 

7,881 479,949 1,469,789 18.7 3.7% 
7.927 488.869 1.499.890 18.9 3.6% 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 

2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

East Reserve Marsin - MW 

Demand 
1,033 
1,251 
1,257 
1,243 
1,234 
1,213 
1,198 
1,207 
1,218 
1,224 
1,238 
1,249 
1,255 
1,264 

1.281 
1,293 
1,305 
1,315 
1,324 
1,335 
1,348 
1,357 
1,372 
1,378 
1.389 
1,399 
1,415 
1,427 
1.438 

cisa 
Exisling Expansion Capacily Toiai Reserve 

___ Plan Chanqes Cauacitv Marsin - P 

1,115 
1,316 
1,317 
1,387 
1,108 
373 
372 
374 
382 
384 
399 
399 
399 
399 

1,471 
1,471 
1,471 
1,471 
1,471 
1,471 
1,471 
1,471 
1,463 
1,463 
1,467 
1,467 
1,467 

1.467 
1,487 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

1-407 MW CC,I-904 
MWNGCC, 407 

407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 
407 

1,115 
1,316 
1,317 
1,387 
1,108 
373 
372 
374 
382 
384 
399 
399 
399 
399 

1,878 
1,878 
1,878 
1.878 
1,878 
1,878 
1,878 
1,878 
1,870 
1,870 
1,874 
1,874 
1,874 
1,874 
1.874 

8.0% 
5.2% 
4.8% 
11.6% 
-10.2% 
-69.3% 
-69.0% 
-89.0% 
-68.7% 
68.6% 
-67.8% 
-68.1 % 
-68.2% 
-68.5% 

46.6% 
45.3% 
43.9% 
42.8% 
41.9% 
40.7% 
39.3% 
38.4% 
36.3% 
35.7% 
34.9% 
34.0% 
32.4% 
31.3% 
30.3% 

1;436 1;467 407 1,874 30.5% 
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KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary Under FT - CSAPR Pricing 
NGCC Replacement - Retrofit 

Optimal Plan Cost Summary ($000) 
Market 

Base Rate lmpacls 
Market Fuel a Carwins Incremental Fuel Contract - cost Revenue 

Annual Costs (A) (6) 
2011 0 0 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

0 (0) 
0 
0 

15 0 
100,883 (137) 
28,526 7,407 
22,224 8,163 
33,702 10,163 
24,227 11,217 
27,086 10,647 
49,490 10,506 
74,865 9,196 
57,501 13,142 
61,024 2,836 
60,042 2,737 
70,864 3,131 
63,435 2,922 
70.847 2,662 
83,167 1,870 
72,266 2,856 
65,454 2,787 
64,861 2,787 
95,625 2,264 
80,072 3,564 
83,553 3,257 
76,145 3,759 
81,705 4,675 
81,297 4,373 
83.546 4,672 

b"' 

2011 Net Present Value 
Period of 2011-2040 413,014 45,097 

Base Case OBM 201 1-2040 
Utility Cost Present Value 201 1-2040 

0 
(0) 
(0) 
18 

80,061 
(48,138) 
(61,795) 
(47,529) 
(59,981) 
(62,490) 
(49,929) 
(5,884) 

(51,142) 
(31,417) 
(50,050) 
(24,732) 
(52,730) 
(48,027) 
(11,961) 
(48,213) 
(55,418) 

903 
(41,075) 

(43,050) 
(38.342) 
(40,501) 
(37,127) 

(55,753) 

(37,393) 

(242,410) 

0 
f )  

(3) 
20,960 
69,255 
75,857 
f l .066 
72,991 
76,730 
88,913 
71,552 
95,501 
89,605 
107,355 
92.465 
113,243 
116,192 
93,259 
117,623 
118,084 
117,828 
92,459 
117,583 
117,689 
117,437 
115,371 
117,424 
116,001 

610.326 

0 
0 
0 
0 

71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
182,739 
182,739 
182,739 
182,739 
182.739 
182,739 
182,739 
182,739 
182,739 
182,739 

669,811 

- O&M 
(F) 
(0) 

(0) 
(0) 
1 

(43,138) 
(95,147) 

(106,097) 
(95,737) 
(95,618) 
(98,395) 
(97,295) 
(92,796) 
(101,778) 
(101,146) 
(108,101) 
(105,554) 
(113,468) 
(115,203) 
(1 10,626) 
(72,274) 
(72,435) 
(70,348) 
(62,969) 
(72,402) 
V2,913) 
(73,694) 
(73.556) 
(74,726) 
(252,074) 

0 

(671,791) 

- 
(G)=(E)+(F) 

(0) 

(0) 
(0) 
1 

28,422 
(23,587) 
(34,537) 

(23,958) 
(26,835) 
(25,735) 
(21,236) 
(30,218) 
(29,586) 
(36,541) 

(41.908) 
(43,643) 
(39,066) 
110,465 
110,304 
112,391 
119,770 
110,337 
109,826 
109,046 
109,183 
108,013 
(69,335) 

0 

(24,177) 

(33,994) 

( V W  
0 

(1,581) 

Total 
cost 

(H)=(D)~(G) 
(0) 
0 b"' 
(2) 

49,382 
45,668 
41,320 
46,891 
49,033 
51,894 
63,178 
50,316 
65,282 
60,019 
70,814 
58,471 
71,335 
72,549 
54,193 

228,088 
228,367 
230,219 
212,229 
227,920 
227,515 
226,481 
224,555 
225,438 
46,666 

608,346 

Value of 
Allowances 
Consumed 

(0 
(0) 

(0) 

(572) 

(228) 
(216) 

0 
0 

(42,357) 
(34,256) 
(43,211) 
(40,829) 
(46,786) 
(41,109) 
(48,189) 
(48,033) 
(39,893) 
(40,150) 
(50,680) 
(51,041) 
(40,354) 

(50,460) 
(51,112) 
(51*101) 
(51,629) 
(51,764) 

0 
0 

2 

(528) 

~50,220) 

(180,276) 

Grand - 
(J)=(H)+(i) 

(0) 

(0) 
(0) 
(0) 

48.809 
45,140 
41,092 
46,676 
49,033 
51,694 
20,821 
16.060 
22,072 
19,190 
24,029 
17,362 
23,145 
24,516 
14,300 

178,938 
177,708 
179,178 
171,874 
177,700 
177,055 
175,370 
173,454 
173,808 
(5,098) 

0 

428,070 
0 

42c070 

Value of Grand 

. .  
0 0 
0 (0) (0) 
0 (0) (0) 
0 (0) (0) 

92,766 (43,957) (29.046) 
13.687 31,453 (9,915) 
11,910 29,182 6,422 
13,669 33,007 23,431 
15,792 33,241 39,199 
17,448 34,447 54,239 
18,951 1,870 54,991 
20,294 (4,234) 53,425 
21,468 604 53,630 
22,465 (3,275) 52,604 
23,277 752 52,621 
23,893 (6,531) 51,086 
24,306 (1,161) 50,803 
24,481 36 50,810 
24,433 (10,133) 48,712 
24,609 154,329 78,133 
24,786 152,922 104,967 
24,964 154,214 129,675 
25,144 146,730 151,690 
25,325 152,375 172,543 
25,508 151,547 191,632 
25,691 149,678 208,988 
25,876 147,577 224,738 
26,063 147,746 239,253 
26,251 (31,348) 236,416 

191,652 236,418 
0 0 

191%2 2367418 

Capilal 
Exoenditures 

0 
0 
0 
0 
0 

71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71.560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
71,560 
182,739 
182,739 
182,739 
182,739 
182,739 
162,739 
182,739 
182,739 
182,739 
182.739 

(N) 

iCAP 
Surplus Value 

MW 
2011 0 
2012 0 
2013 0 
2014 0 
2015 0 
2016 904 
2017 159 
2018 163 
2019 167 
2020 171 
2021 171 
2022 171 
2023 171 
2024 171 
2025 171 

2026 2027 171 171 
2026 171 
2029 171 
2030 171 

2032 2031 171 171 
2033 171 
2034 171 
2035 171 
2036 171 
2037 171 
2038 171 
2039 171 
2040 171 

$/MW-Wic 
956 
386 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2.129 
2,280 
2,412 
2,524 
2,615 
2,665 
2,731 
2,751 
2,745 
2,740 
2,734 
2,729 
2,724 
2,718 
2,713 
2,708 
2,702 
2,697 
2,692 

Resource Planning 
Created on: Oclober 6,201 1 

-3813059.xlsx 
FTCA CSAPR CC - Retrofit 



DRAFT 

KPCo Cnpacity Resource Optimization 
Costs and Emissions Summary 

Levelized NGCC Replacement FTCA CSAPR Commodity Pricing 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 

.. 2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

s o 2  
5nisslon 

0 
0 
(0) b"' 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 - 

NSR SO2 
NSR NSR NSR 

sled Tot; SO2 Caps. Surplusl(Delicil1 
0 0 0 
0 0 (0) 
(0) 0 0 
0 0 0 
3 0 (3) 

(1,158) 0 1,158 
(2,062) 0 2,062 
(2,151) 0 2,151 
(2,034) 0 2,034 
(2,124) 0 2,124 
(2,129) 0 2,129 
(2,006) 0 2,006 
(1,748) 0 1,748 
(2,004) 0 2,004 

(2,104) 0 2,104 
(1,892) 0 1,892 

(2,104) 0 2,104 

(1,890) 0 1,890 

(2,112) 0 2,112 

(1,820) 0 1,820 
(2,109) 0 2,109 
(2,118) 0 2,118 
(2,106) 0 2.106 
(1,8071 0 1,807 
(2,085) 0 2,085 

(2,063) 0 2,063 
(2,052) 0 2,052 
(2,044) 0 2,044 
J2,035) 0 2,035 

(2,082) 0 2,082 

Summary of Energy Purchases and Sales (Gwh) 
Net Net 

Internal Contract Contract Contract Market Market Market 
$Aremen Purchases Sales Transactions Purchases . Sales Transactions - 

0 0 0 
0 0 0 
0 0 0 
0 0 0 
0 0 0 
0 0 0 
0 0 0 

0 
0 0 0 
0 0 0 
0 0 0 

(0) ; 0 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 
0 
0 
0 
0 

(1,798) 
409 
426 
449 
397 
378 
164 

0 0 0 0 (31) 
0 0 0 0 368 (393) (761) 
0 0 0 0 237 (310) (547) 

0 0 193 (541) (734) 

Internal Est. Embedded Grand TOTAL 
lequirement Costs Total RATE 

0.923 IMPACT - GWh IGTT/D) (ALL COSTS) fcenls / kWh) CAGR /fhrul 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 0 152i375 2 0 
0 151,547 2 0 

(0) 0 149.678 2 0 
(0) 

(0) 0 147,577 2 0 
0 0 147,748 2 0 
(0) 0 (31,348) (0) (0) 

*Total East SO2 Excludes Cardinal 2B3 Emissions 

Resource Planning 
Created on: October 6, 2011 

NSR Adjusted Total Includes Emissions for Cardinal 2B3, 780 MW Conesville 4, and excludes Beckjord, Stuart 14. Zimmer, all Gas Units, and IGCC's 8 PC's 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

-381 3 0 5 9 . ~ 1 ~ ~  
FTCA CSAPR CC ~ Retrofit 

East Reserve Margin - MW 

Existing Expansion Capacity Total Reserve - Pian Chanses Capacity Marsin - % 

Case 

Demand CapacitV 

0 0 
0 0 
0 0 
0 0 
0 0 
0 904 
0 159 
0 163 
0 1 67 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 
0 171 

0 
0 
0 
0 
0 

1-904 MW NGCC, 0 
0 
0 
0 
0 
0 
0 
0 
0 

1-407MWCC, 0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 0 
0 0 
0 0 
0 0 
0 0 

904 1 
159 0 
163 0 
167 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 
171 0 

0 171 0 171 0 



DRAFT 

KENTUCKY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summan] for FT - CSAPR Commodity Prices 
Big Sandy 'I Repower - Big Sandy 2 Retrofit 

Optimal Plan Cost Summary ($000) 
Market 

Fuel Contract - cost Revenue 
Annual Costs (A) (E) 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2016 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

0 0 
0 b"' 
f )  

0 
30,860 5,568 
98,942 247 
24,754 7,813 
18,498 8,686 
29,730 11,077 
20,313 11,879 
22,866 11,333 
45,246 10,927 
70,209 9.896 
52,732 13,874 
57,630 2,558 
55,418 2,425 
66,860 2,857 
58,887 2,631 
65,814 2,371 
78,617 1,499 
67,416 2,536 
60,550 2,397 
62,594 2,392 
88.867 1,939 
75,013 3,125 
78,286 2,827 
74,106 3,356 
76,780 4,334 
76,136 3,859 
80,021 4,166 

201 1 Net Present Value 
Period of 2011-2040 404,396 50,562 

Ease Case O&M 201 1-2040 
Utllity Cost Present Value 2011-2040 

Ease Rale lmpacls 
Market Fuel & Total 

0 
0 
(0) 
(0) 

48,530 
74,802 
(53.136) 
(86,787) 
(53.108) 
(65,310) 
(67,974) 

(12,646) 
(58,069) 
(36,484) 
(56,439) 
(30,480) 
(59,046) 
(54,834) 
(18,331) 
(54,998) 
(62,365) 
(60.578) 
(8,392) 
(48,456) 
(45,083) 
(49,417) 
(45,969) 
(48.400) 
(43,180) 

(55,983) 

(250.868) 

0 
(0) 
0 

(23,237) 
21,693 
70,077 
76,598 
71,761 
73,745 
79,508 
90,302 
72,959 
96,928 
91,556 
109,431 
94,484 
115,302 
118,278 
95,449 
119,878 
120,518 
120,781 
95,320 
120,345 
120,542 
120,157 
118.415 
120,676 
119,035 

604,702 

Carwino 
& 

(a 
0 
0 
0 
0 

69,029 
69,029 
69,029 
69.029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
180,208 
180,208 
180,208 
180,208 
180,208 

0 
0 
0 
0 
0 

554,603 

lncremenlal - O&M 
(0 

(0) 
(0) 

45,523 
(43,232) 
(95,155) 
(105,962) 

(94,941) 
(97,649) 
(96,382) 
(91,708) 
(100,482) 

(108,364) 
(1 03,570) 
(1 11,301) 
(112,884) 
(108.014) 
(60,436) 
(69,347) 
(66,835) 
(59,547) 
(68,526) 
(68,951) 
(69,497) 
(69,328) 
(70,398) 
(217,463) 

b"' 

(95,347) 

(99,544) 

(626,288) 

- Total 
(G)=(E)+(F) 

(0) 
0 
(0) 
(0) 

45,523 
25,797 
(26,126) 
(36,933) 
(26,318) 
(25,912) 
(28,620) 
(27,353) 
(22,679) 
(31,453) 
(30,515) 
(37,335) 
(34,541) 
(42,272) 
(43,855) 
(38,985) 
110,772 
110,861 
113,373 
120,6131 
1 11,682 
(68.951) 
(69,497) 
(69,328) 
(70,398) 
(217,463) 

(71,685) 
0 

(71,685) 

- cost 
(H)=(D)+(G) 

(0) 

b"' 
22,285 
47,690 
43,952 
39,686 
45,444 
47,833 
50,888 
62,949 
50,280 
65,475 
61,041 
72,096 
59,943 
73,031 
74,423 
56,464 
230,650 
231,379 
234,153 
215,980 
232,027 
51,590 
50,659 
49,087 
50,278 
(98,428) 

533.017 

Value of 
Allowances 
Consumed 

(1) b"' 
0 
(0) 

5,356 
(575) 
(530) 

(2i6) 

0 
(42,811) 
(34,747) 
(43,704) 
(41,175) 
(47,257) 
(41,514) 
(48,645) 
(48,529) 
(40,344) 
(49,632) 

(51,267) 
(41,025) 
(50,725) 
(50,983) 
(51,520) 
(51,590) 
(52,141) 
(52,124) 

(2291 

(51,167) 

(178,267) 

Grand - Total 
(J)=(H)+(I) 

(0) 
0 
(0) 
(0) 

27,641 
47,115 
43,422 
39,437 
45,228 
47,833 
50,888 
20,138 
15,533 
21,771 
19,866 
24,839 
18,429 
24,386 
25,894 
16,119 
181,018 
180,212 
182,888 
174,956 
181,303 

607 
(860) 

(2,503) 

(150,552) 
(1,863) 

354,750 
0 

354y750 

Value of Grand Caoital 

0 0 (0) 
0 (0) (0) 
0 (0) (0) 

20,117 7,524 5,401 
80,042 (32,926) (16,356) 
3,036 40,386 8,208 
2,865 36,572 28,683 
3,533 41,695 50,169 
4,351 43,482 70,794 
4,807 46,081 90,914 
5,222 14,916 96,909 
5,592 9,941 100,587 
5,915 15,856 105,986 
6,190 13,677 110,272 
6,413 18,426 115,588 
6,583 11,846 118,734 
6,697 17,689 123,058 
6,745 19,148 127,366 
6,732 9,387 129,310 
6,780 174,237 162,528 
6.829 173,383 192,951 
6,878 176,008 221,379 
6,928 168,028 246,361 
6,978 174,325 270,217 
7,028 (6,421) 269,408 
7,079 (7,939) 268,488 
7,130 (9,633) 267,460 
7,181 (9,044) 266,571 
7,233 (157,785) 252,303 

102.447 252.303 
0 0 

105447 252y303 

0 
0 
0 
0 
0 

69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
69,029 
68,029 
69,029 
69,029 
69,029 
69,029 
69.029 
69.029 
180,208 
180,208 
180,208 
180,208 
180,208 

0 
0 
0 
0 
0 

C A P  

M W  $IMW-Wh 
Surplus Value 

2011 0 958 
2012 0 
2013 0 
2014 0 
2015 257 
2016 780 
2017 35 
2018 39 
2019 43 
2020 47 
2021 47 
2022 47 
2023 47 
2024 47 
2025 47 
2026 47 
2027 47 
2028 47 
2029 47 
2030 47 
2031 47 
2032 47 
2033 47 
2034 47 
2035 47 
2036 47 
2037 47 
2038 47 
2039 47 
2040 47 

388 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2,129 
2,280 
2,412 
2,524 
2,615 
2,685 
2,731 
2,751 
2,745 
2,740 
2,734 
2,729 
2,724 
2,718 
2,713 
2,708 
2,702 
2,697 
2,692 

Resource Planning 
Crealed on: Oclober 6, 2011 
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2011 
2012 
2013 
2014 
2015 

I 
so2 NSR SO2 c o 2  

Emissions NSR NSR NSR Emissions 
Total East liusted Tot? SO2 Caps. SurpluslfDeRcIt) Total East 

0 0 0 0 0 
0 0 0 (0) 0 

(0) 0 (0) 
(0) r) ; 0 (0) 

0 6,366 0 (6,366) 741 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 

' 2025 
2026 

2024 

2027 

2.104 
1,820 
2,109 
2,118 
2,106 
1,807 
2,085 
2,082 
2,063 
2,052 
2,044 
2.035 

0 (1,158) 0 1,158 (968) 
0 (2,062) 0 2,062 (2,970) 
0 (2,151) 0 2,151 (3,175) 
0 (2,034) 0 2,034 (2,912) 
0 (2,124) 0 2,124 (3,110) 
0 (2,129) 0 2,129 (3,124) 
0 (2,006) 0 2,006 (2,839) 
0 (1,748) 0 1,748 (2,274) 

0 (1,890) 0 1,890 (2,6271 
0 (2,104) 0 2,104 (2,975) 

0 (2,004) 0 2,004 (2,8241 

0 (1,892) 0 1,892 (2,581) 
2028 
2029 
2030 

2034 
2035 
2036 

2038 

2040 

2037 

2039 

2011 0 0 0 0 0 0 0 
2012 0 0 0 0 0 0 0 

0 0 (0) 2014 0 0 0 (0) 
2013 1 0 0 0 0 0 (0) (0) 

0 GO6 2015 0 0 0 (121) 685 

(2,112) 0 2.112 (2,986) 
(2,104) 0 (2,941) 
(1,820) 0 (2,413) 
(2,109) 0 (2,930) 
(2,118) 0 (2,982) 
(2,106) 0 (2,949) 
(1,807) 0 (2,330) 
(2,085) 0 (2,843) 
(2,082) 0 (2,821) 

(2,052) 0 (2.7821 

(2,035) 0 (2,738) 

(2,063) 0 (2,8141 

(2,044) 0 (2.775) 

2016 
2017 

Summary of Energy Purchases and Sales (Gwh) 

Internal Contract Contract Contract Market Market Market 
Reoulremen Purchases Sales Transactions Purchases Sales Transactions 

Net Net 

I 

2018 
2019 
2020 

. 2021 
2022 
2023 

Internal Est. Embedded Grand TOTAL 
Requirement Costs Total RATE 

0.923 IMPACT 
(GTT/DI IALL COSTS) (cents / kWh) CAGR IfhnJl 

2024 
2025 

0 0 0 0 
(0) 0 0 0 

b"' ; 0 0 

b"' 0 
0 0 

0 0 
0 0 0 0 

0 0 0 
0 0 0 0 
(0) 0 0 0 
0 0 0 0 
(0) 0 0 0 
(0) 0 0 0 
0 0 0 0 
0 0 0 0 
(0) 0 0 0 
0 0 0 0 
0 0 0 0 

0 0 0 
f )  0 0 0 

0 0 0 0 (520) 

2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 

. 2037 
2038 

(0) 
0 
0 0 174;325 2 0 

2039 
2040 

(0) 0 0 0 160 (308) (4681 
0 129 1387) (5161 

205 (263) (469) 
0 0 0 0 172 (305) (477) 
(0) 0 0 0 129 (277) (405) 

0 
0 0 

b"' ; (0) 0 (6,421) (0) (0) 
0 (7,939) (0) (0) 
0 (9,633) (0) (0) 

0 0 (9,044) (0) 
(0) 0 (157,785) (2) 

b"' 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

(32,926) (0) 
40,386 1 
36,572 1 
41,695 1 
43,482 1 
46,081 1 
14,916 0 
9,941 0 
15,856 0 
13,677 0 
18,426 0 
11,846 0 
17.669 0 
19,148 0 
9,387 0 

174,237 2 
173,383 2 
176,008 2 
168.028 2 

y 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2038 
2037 
2036 
2039 
2040 

East Reserve Margin - MW 

Demand 

0 
0 
0 
0 
0 
0 
0 
0 

Case 
Existing Expansion Capacity Total Reserve 
CapacitV & Chanaes Capacily M a r c h - %  

0 0 0 0 
0 0 0 0 
0 0 0 0 
0 0 0 0 

0 257 0 257 
0 780 1 780 

35 0 35 0 
39 0 39 0 

0 43 0 43 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 
0 47 0 47 0 



DRAFT 

KENTUChY POWER COMPANY 
KPCo Capacity Resource Optimization 

Costs and Emissions Summary Under FT - CSAPR Pricing 
NGCC Replacement - Repower 

Optimal Plan Cost Summary (SOOO) 

Fuel 
__. cost 

Annual Costs (A) 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

0 
0 
0 
0 

(30,845) 
3,941 
3,772 
3,726 
3,972 
3,914 
4,220 
4,244 
4,656 
4,769 
3,394 
4,624 
4,003 
4,548 
5,032 
4,550 
4.849 
4,904 
2.267 
6,758 
5,059 
5,267 
4,039 
4,925 
5,161 
3,525 

2011 Net Present Value 
Period of2011-2040 8.618 

Base Case O&M 2011-2040 
UUlity Cost Present Value 2011-2040 

Contract 
Revenue b"' 

0 
0 
0 

(5.568) 
(3841 

(524) 
(914) 
(663) 
(486) 

(700) 

(4061 

1421) 

(732) 
278 
31 1 
274 
291 
311 
370 
320 
391 
395 
324 
439 
430 
393 
341 
514 
506 

(5.464) 

0 
0 
0 
0 

(48,512) 
5,259 
5,000 
4,991 
5,580 
5,330 
5,484 
6,054 
6,762 
6,927 
5,067 
6,389 
5,748 
6,316 
6,807 
8,370 
6,785 
6,947 
4,825 
9,295 
7,382 
7,690 
6,367 
7.627 
7,900 
6,053 

8,458 

Base Rate Impacts 
Market Fuel & Carrying incremental 

RevenueKostl  Transaciions OgM 

(a (C) (D)=(A)-(B)-(C) 
0 

0 
0 
0 
0 

2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 

182,739 
182,739 
182,739 
182,739 
182,739 

115.208 

(G)=(E)+(R 
0 
0 
0 
0 

(45,522) 
2,625 
2,539 
2,395 
2,141 
1,954 
1,784 
1,818 
1,443 
1,234 
929 
785 
547 
363 
212 
(81) 

(558) 
(982) 
(891) 

(1,346) 
178,777 
178,542 
178,511 
178,412 
148,127 

(306) 

69,704 
0 

69,704 

Total 
cost 

(H)=T+(G) 

0 
0 
0 

(22,287) 
1,691 
1,716 
1,654 
1,447 
1,200 
1,006 
229 
36 

(193) 
(1,022) 
( w w  
(1,472) 
(1,696) 
(1,874) 
(2,271) 

(2,992) 
(3.934) 
(3,752) 
(4,107) 

175,925 
175,822 
175,468 
175,160 
145,094 

(2,562) 

75,329 

Market 
Value of 

Allowances 
Consumed 

(1) 
0 
0 
0 
0 

3 
2 
1 
1 
0 
0 

454 
491 
493 
346 
471 
404 
456 
497 
452 
482 
487 
226 
671 
505 
523 
408 
489 
512 
360 

(5,354) 

(2,008) 

Grand 
Total 

(J)=(H)+(I) 
0 
0 
0 
0 

(27,641) 
1,694 
1,718 
1,655 
1,448 
1,200 
1,006 
683 
527 
301 
(676) 
(810) 

(1,067) 
(1,240) 
(1,377) 
(1,819) 
(2,080) 
(2,505) 
(3,708) 
(3,081) 

- 

(3.602) 
176,448 
176,230 
175,957 
175,672 
145,454 

73,320 
0 

73320 

Value of Grand - ICAP Total Cpw 
(io (GKK) (;) 

0 0 0 
0 0 0 
0 0 0 

(20,117) (7,524) (5,401) 
12,725 (11,031) (12,690) 
10,851 (8.933) (18,123) 
9,045 (7,390) (22,261) 
10,136 (8.688) (28,738) 
11,441 (10,240) (31,595) 
12,640 (11,634) (36,675) 
13,729 (13,046) (41,918) 
14,702 (14,175) (47,162) 
15,553 (15,252) (52,356) 
16,275 (16,951) (57,669) 
16,863 (17,674) (62,768) 
17,310 (18,377) (67,SSE) 
17,609 (18.849) (72,255) 
17,736 (19,113) (76,556) 
17,701 (19,520) (80,598) 
17,828 (19,908) (84.394) 
17,957 (20,461) (87,984) 
18,086 (21,794) (91,504) 
18,216 (21,298) (94,671) 
18,347 (21,950) (97,675) 
18.480 157,968 (77.776) 
18.613 157,618 (59,500) 
18,747 157,210 (42,722) 
18,882 156,790 (27,319) 
19,018 126,437 (15.885) 

89,206 (15,885) 
0 0 

89ZOG (15285) 

Capital 
Expendllures 

(N) 
0 
0 
0 
0 
0 

2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 
2,531 

182,739 
182,739 
182,739 
182,739 
182.739 

C A P  
Surplus 

MW ! 
2011 0 
2012 0 
2013 0 
2014 0 
2015 (257) 
2016 124 
2017 124 
2018 124 
2019 124 

2020 2021 124 124 
2022 2023 124 124 

2024 124 
2025 124 
2026 124 
2027 124 
2028 124 
2029 124 
2030 124 
2031 124 
2032 124 
2033 124 
2034 124 
2035 124 
2038 124 
2037 124 
2038 124 
2039 124 
2040 124 

Value 
BIMW-WIc 

958 
388 
161 
595 

1,507 
1,973 
1,652 
1,403 
1,572 
1,774 
1,960 
2,129 
2,280 
2,412 
2,524 
2,615 
2,685 
2,731 
2,751 
2,745 
2,740 
2,734 
2,729 
2,724 
2,718 
2,713 
2,708 
2,702 
2,697 
2.692 

Resource Planning 
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-381 3 0 5 9 . ~ 1 ~ ~  
fTCA CSAPR CC -Repower 



DRAFT 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

KPCo Capacity Resource Optimization 
Costs and Emissions Summary 

Levelized NGCC Replacement FTCA CSAPR Commodity Pricing 

0 
3 

0 0 0 31 3 
0 0 0 30 3 
0 0 0 32 3 
0 0 0 32 3 
0 0 0 22 2 
0 0 0 30 3 
0 0 0 25 3 
0 0 0 28 3 
0 0 0 30 3 
0 0 0 27 3 
0 0 0 28 3 
0 0 0 28 3 
0 0 0 13 1 
0 0 0 38 4 
0 0 0 28 3 
0 0 0 29 3 
0 0 0 22 2 

0 30 

2011 
2012 
2013 
2014 
201 5 
2016 

' 2017 
2018 

. 2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 

' 2036 
. 2037 

2038 
2039 
2040 

0 
0 
0 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

0 0 0 26 3 
0 0 0 27 3 
0 0 0 19 2 

NSR SO2 c 0 2  
E:s%nsi, N; NSR NSR I Emi: 
Tolal East rusted Tok SO2 Caos. SuroiusNDeBcitl Total East 

0 0 0 

Summary of Energy Purchases and Sales (Gwh) 
Ne1 Net 

lnlernai Contract Contract Contract Market Market Market 
Sales Transaclions Reauiremen Purchases - _ _ _ _ -  

0 0 0 0 0 0 
0 0 0 0 0 
0 0 0 0 0 

Transactions Purchases 

0 
0 1 :  

0 0 0 
0 1 0  0 

Internal Est. Embedded Grand TOTAL 
Requirement Costs Total RATE 

0.923 IMPACT 
GWh (GTT/D) !ALL COSTS) (cents / kWh) CAGR nhrul 

0 0 0 0 0 
0 0 0 0 0 
0 0 0 0 0 

NOX 

86 
80 
82 
77 
87 
87 
57 
79 
66 
74 
80 
70 
75 
74 
36 

Total East 
0 

(0) 
(0) 
0 
0 
0 
0 
0 
0 
0 

0 
(0) 

(0) 

(0) 
0 

0 
0 

0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
0 0 
n n 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
n 

HG 
(Tons) 

East 
0 
0 
0 
0 
(0) 
0 
0 
0 
0 
0 

. o  
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

- 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 
(7,524) 
(11,031) 
(8,933) 
(7,390) 
(8,688) 
(10,240) 
(1 1.634) 
(13,046) 
(14,175) 
(15,252) 
(16,951) 
(17,674) 
(18.377) 
(18,849) 
(19,113) 
(19,520) 

(20,461) 

(21,298) 
(21,950) 
157,968 
157,618 
157,210 
156.790 

(19,908) 

(21,794) 

2 
2 
2 

*Total Easl SO2 Excludes Cardinal 283 Emissions 
' NSR Adjusted Total Includes Emissions for Cardinal 283,780 MW Conesviile 4, and excludes Becicjord, Sluart 1-4, Zimmer, all Gas Units, and IGCC's 8 PC's 

Resource Planning 
Created on: Oclober 6, 201 1 

2011 
2012 
2013 
2014 
2015 
2016 
2017 
2016 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

East Reserve Margin - MW 

Utlsting Expansion Capacity Total Reserve 
Pian Changes Caoacity Margin - 4: 

Case 

- Demand Caoaci(v - 
0 0 0 0 0 
0 0 0 0 0 
0 0 0 0 0 
0 0 0 0 0 
o (257) 0 12571 (0) 
0 124 1-904MWNGCC, 0 124 0 

0 124 0 0 124 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 1-407MWCC, 0 124 0 
0 0 124 0 124 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 0 124 0 
0 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 
0 124 0 124 0 

124 
124 
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Advanced Search 

25.04 
26.64 
26.99 
26.99 
26.19 
25.65 
27.25 
32.13 
36.64 
30.64 
30.52 
30.52 
26.80 
30.10 
32.55, 
32.55 
29.02 
31.17 
31.17 
31.17 
34.16 
34.26 
34.16 
34.16 
34.16 
34.16 
34.16 
34.16 

1 

& 

Foruard Power 

Spot Natural Gas 

Natural Gas Futures 

b 

) 

Environmental 

Uranium 

Chart Builder 

Pricing Highlights 

Index Values 

Rates &Yields 

iome News Companies & Assets Markets & Deals Industries Geographies Qulck Llnks SNLwI Add In Preferences Pomoli~ 

ATESTNEW 
I 

:orward Power prices @Help 

J 

Day-Ahead Slrips 

Forward Prices 

Load Data 

Real-Time Strips 

Market Commentary 

. Nalural Gas Summary 

Futures 

SNL Day-Ahead Prices 

Market Commentary 

I Coal Summary 

Tern, I AEP-DAYTON HUE1 BGE 1 COME0 I DPL /EASTERN HUB I JCPL I N  ILLINOIS HUB I PEPCO I PPL I PSEG WESTERN HUB 
ipr. 2012 24.50 29.45 20.62 2367 2356 2345 20.59 2613 2306 23.60 25.66 

SNL Bidweek index 

:ommodlty Search -.--" _,.-*-* I"-- 

6% 
Advanced Searct 

11 lndude Histoncal 

lay. 2012 
lun. 2012 
Jul. 2012 

iep. 2012 
JCl. 2012 
IOV. 2012 
kc. 2012 
Ian. 2013 
'eb. 2013 
Aar. 2013 
4pr. 2013 
nay. 2013 
lun. 2013 
Jul. 2013 
hug. 2013 
3ep. 2013 
DcL 2013 
dov. 2013 
lec. 2013 
Jan. 2014 
"eb. 2014 
Mar. 2014 
Apr. 2014 
nay. 2014 
Jun. 2014 
Jul. 2014 

4ug. 2014 
3ep. 2014 
OcL 2014 
Vov. 2014 
Jec. 2014 
Jan. 2015 
Feb. 2015 
Mar. 2015 
Apr. 2015 
May. 2015 
Jun. 2015 
Jul. 2015 

Aug. 2015 
Sep. 2015 
Oct 2015 
Nov. 2015 
Dec. 2015 
Jan. 2016 
Feb. 2016 
Mar. 2016 

hug. zoiz 

Apr. 2016 
May. 2016 
Jun. 2016 
Jul. 2016 

Aug. 2016 
Sep. 2016 
OcL 2016 
Nov. 2016 
Dec. 2016 
Jan. 2017 
Feb. 2017 
Mar. 2017 

23.41 27.56 20.45 26.63 
24.47 29.95 21.72 27.67 
26.01 32.24 24.42 30.01 
26.01 32.24 24.42 30.01 
23.99 29.50 20.15 27.22 
26.04 26.03 21.49 26.66 
26.04 29.63 21.49 26.26 
26.04 34.50 21.49 33.15 
29.41 40.15 25.21 37.66 
29.41 40.15 25.21 37.66 
29.41 33.63 25.21 31.54 
29.41 33.63 25.21 31.54 
29.41 32.11 25.21 29.63 
29.41 35.60 25.21 32.25 
29.41 36.05 25.21 34.70 
29.41 38.05 25.21 34.70 
29.41 34.52 25.21 31.17 
29.41 36.67 25.21 33.32 
29 41 36.67 25.21 33.32 
29.41 36.67 25.21 33.32 
31.64 36.75 27.15 40.01 
31.64 38.75 27.15 40.01 
31.64 36.75 27.15 40.01 
31.64 36.75 27.15 40.01 
31.64 36.75 27.15 40.01 

25.69 27.41 
- 29.02 
- 30.74 
- 30.74 
~ 26.57 
~ 26.65 . 30.25 
- 35.13 
- 36.34 - 36.34 
~ 32.02 
- 32.02 - 30.30 

19.73 27.34 25.79 27.67 
20.99 29.79 26.67 27.37 
23.69 31.99 29.02 30.94 . 
23.69 31.99 29.02 30.94 
19.43 29.34 26.22 26.92 
20.76 28.80 26.15 26.65 
20.76 30.40 27.75 26.45 
20.76 35.26 32.63 33.33 ' 
24.48 40.96 36.67 37.56 
24.46 40.96 36.67 37.58 
24.46 34.64 30.55 31.25 
24.46 34.64 30.55 31.25 
24.46 32.93 28.64 29.53 
24.46 - 31.30 32.35 

I I spot Power 

Norlheasl Power 

Midwest Power 

South Power 

West Power 

Alberta 

California IS0  

ERCOT 

Midwest IS0 

New England 

New York 

Ontario 

PJM 

SPP 

24.46 
24.46 
24.46 
24.46 
24.46 
24.48 
26.43 
26.43 
26.43 
26.43 
26.43 
26.43 
20.43 
26.43 
26.43 
26.43 
26.43 
26.43 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 
27.62 

~ 33.75 34.60 
~ 33.75 34.60 
~ 30.22 31.27 
. 32.37 33.42 
~ 32.37 33.42 - 32.37 33.42 
~ 36.50 38.66 - 36.50 38.66 - 36.50 36.66 
- 36.50 36.66 
- 36.50 38.66 
- 36.50 36.66 
- 36.50 36.66 
- 36.50 36.66 - 36.50 36.66 
- 36.50 36.66 
~ 36.50 36.66 
- 36.50 36.66 
- 36.57 40.73 
- 36.57 40.73 
~ 36.57 40.73 - 36.57 40.73 
- 36.57 40.73 
- 36.57 - . 36.57 - . 36.57 - . 36.57 - - 36.57 - 
- 36.57 - 
~ 36.57 - - _ _  

31.64 36.75 27.15 
31.64 36.75 27.15 
31.64 36.75 27.15 
31.64 36.75 27.15 
31.64 36.75 27.15 
31.64 36.75 27.15 
31.64 36.75 27.15 
33.68 40.62 26.44 
33.68 40.62 26.44 
33.66 40.62 26.44 
33.66 40.62 26.44 
33.66 40.62 26.44 
33.66 40.62 28.44 
33.66 40.62 26.44 
33.66 40.62 26.44 
33.68 40.62 26.44 
33.66 40.62 26.44 
33.66 40.62 26.44 
33.66 40.62 26.44 - 42.85 ,- 

~ 42.65 
- 42.65 
- 42.85 - 42.65 
- 42.65 
- 42.65 
- 42.65 
- 42.65 - 42.65 
- 42.65 
- 42.65 
~ 44.74 
- 44.74 
- 44.74 - 4474 

Natural Gas - NYMEX 

I NYMEXCoal 

I Market Analysis 

Apr. 2017 
May. 2017 - 44.74 

KlUC EXHIBIT /J 
http://wwty 1 .Snl.com/SNL~ebPlatform/Content/Commodities/~ner~Markets/~ner~M~. . . Y./LYILW I L 

http://wwty
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NYMEX and CME Clearport market data provided by DTN. 

NYMEX and CME Clearport market data Is property of the Chicago Mercantile Exchange, lnc. and Its licensors. All rights reserved. 

Alberta and Ontario Canadian power prices are reported In CWMWh. U.S. power locations are reported In US$IMWh. 
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39.95 
47.65 
46.70 
37.46 
35.33 
36.33 
40.63 
44.17 
44.17 
40.40 
40.40 
40.46 
45.44 
53.47 

43.06 
41.09 
41.09 
41.09 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.77 
46.63 
46.63 
46.63 
46.63 
46.63 
46.63 
46.63 
46.63 
46.63 
46.63 
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46.63 
50.75 
50.75 
50.75 
50.75 
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Foward Prices 
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E] Settings . - .... . . . . . . .  ......... .... ._ ..... _ _ _ I  

! 
Region PJM t I Load Data 

Reel-Time Strips 

Market Commentary 

Natural Gas Summary 

Futures 

SNL Day-Ahead Prices 

Market Commentary 

I 
4/29/2012 

peak OnPeak - I 

Coal Summary 

ommodity Search 
--.*"---.-~- ,,.,, 

k3 
Advanced SeaFcl 

lndude Historical 

As of: 4/27/2012 

T e n  $EP-DAYTON-HUB 1 BGE I CDMEDI DPL 1 EASFRN HUB I JCPL I N ILLINOIS HUB I PEPCO 1 PPL I PSEG ' WESTERN HUB 

lav. 2012 3305 40.35 31.65 43.34 39.60 3943 30.65 3696 37.65 36.60 36 I O  
4pr. 2012 31.11 39.00 2673 31.29 31.41 31.02 26.54 37.36 30.62 31 29 35.53 

lun. 2012 
Jul. 2012 

jep. 2012 
3ct. 2012 
l0V. 2012 
lec. 2012 
Jan. 2013 
%b. 2013 
War. 2013 

nay. 2013 
Jun. 2013 
Jul. 2013 
4ug. 2013 
;ep. 2013 
Oct 2013 

Jec. 2013 
Jan. 2014 
Feb. 2014 
Mar. 2014 
Apr. 2014 
Way. 2014 
Jun. 2014 
Jul. 2014 

Aug. 2014 
Sep. 2014 
Oct 2014 
Nov. 2014 
Dec. 2014 
Jan. 2015 
Feb. 2025 
Mar. 2015 
Apr. 2015 
May. 2015 
Jun. 2015 
Jul. 2015 

Aug. 2015 
Sep. 2015 
Oct. 2015 
Nov. 2015 
Dec. 2015 
Jan. 2016 
Feb. 2016 
Mar. 2016 
Apr. 2016 
May. 2016 
Jun. 2016 
Jul. 2016 

Aug. 2016 

iug. 2012 

Apr. 2013 

Uov. 2013 

Sep. 2016 
Ocl. 2016 
Nov. 2016 
Dec. 2016 
Jan. 2017 
Feb. 2017 
Mar. 2017 
Anr. 2017 

35.45 45.16 33.42 43.96 
41.54 56.53 40.26 51.66 
41.54 55.66 40.26 50.73 
33.13 42.69 31.15 41.50 
33.66 42.46 31.00 39.36 
33.66 43.46 31.00 40.36 
33.66 47.76 31.00 44.66 
39.19 49.36 36.46 49.52 
39.19 49.36 36.46 49.52 
36.96 45.61 33.36 45.75 
36.96 45.61 33.36 45.75 
37.30 45.67 34.20 45.61 
41.53 60.94 36.13 50.79 
46.11 56.97 45.39 56.62 
46.11 56.97 45.39 56.62 
36.66 46.56 34.96 46.41 
37.35 46.59 33.14 46.44 
37.35 46.59 33.14 46.44 
37.35 46.59 33.14 46.44 
42.73 52.15 39.06 52.62 
42.73 52.15 39.06 52.62 
42.73 52.15 39.06 52.62 
42.73 52.15 39.06 52.62 
42.73 52.15 39.06 52.62 

- 43.26 
- 52.65 
~ 51.70 
- 40.61 
- 41.33 
- 42.33 - 46.63 

49.77 43.60 
49.77 43.60 
46.00 39.83 
46.00 39.63 
46.06 39.69 
46.72 46.69 
56.76 56.72 
56.76 56.72 
46.34 46.31 
44.37 44.34 
44.37 44.34 
44.37 44.34 

- 51.57 
~ 51.57 
- 51.57 - 51.57 
- 51.57 
- 51.57 
- 51.57 
- 51.57 
- 61.57 
- 51.57 
- 51.57 . 51.57 
- 53.63 
- 53.63 
- 53.63 
- 53.63 
- 53.63 -~ 
~~ 

~~ 

~- 
~- 
- -  
- -  
- -  
- -  
-~ - -  - -  
- -  
-~ 
-~ 
-~ 
- -  . -  
~- 
~- 
- -  
~- . -  

32.42 44.10 36.63 41.22 
39.26 54.65 52.03 52.76 
39.26 53.70 51.06 51.63 
30.15 41.63 36.35 36.74 
30.00 39.46 37.63 41.96 
30.00 40.46 36.63 42.96 
30.00 44.76 43.13 47.26 
36.46 46.32 43.05 45.44 
36.46 46.32 43.05 45.44 
33.36 44.55 39.26 41.67 
33.36 44.55 39.26 41.67 
34.20 44.61 39.34 41.73 
36.13 49.56 46.64 46.69 
45.39 57.60 54.67 56.72 
45.39 57.60 54.67 56.72 
34.96 47.16 44.46 46.31 
33.14 45.21 42.49 44.34 
33.14 45.21 42.49 44.34 
33.14 45.21 42.49 44.34 
39.06 50.90 49.11 51.27 
39.06 50.90 49.11 51.27 
39.06 50.90 49.11 51.27 
39.06 50.90 49.11 51.27 
39.06 50.90 49.11 51.27 

1 spot Power -- 
NorVleast Power 

Midwest Power 

South Power 

West Power 

Alberta 

California IS0 

ERCOT 

Midwest IS0 

New England 

New York 

Onlario 

PJM 

SPP 

42.73 52.15 39.06 
42.73 52.15 39.06 
42.73' 52.15 39.06 
42.73 52.15 39.06 
42.73 52.15 39.06 
42.73 52.15 39.06 
42.73 52.15 39.06 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.18 
44.90 54.21 41.18 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.16 
44.90 54.21 41.16 - 56.13 

~ 56.13 
- 56.13 
- 56.13 - 56.13 
- 56.13 
~ 56.13 
- 56.13 
- 56.13 
- 56.13 
- 56.13 
- 56.13 
- 56.26 
- 56.26 
- 56.26 
- 56.26 

39.06 
39.06 
39.06 
39.06 
39.06 
39.06 
39.06 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 
40.73 

- 49.11 51.27 
- 49.11 51.27 
- 49.11 51.27 - 49.11 51.27 
- 49.11 51.27 
- 49.11 51.27 
- 49.11 51.27 
- 51.17 53.33 - 51.17 53.33 
- 51.17 53.33 
- 51.17 53.33 
- 51.17 53.33 
- 51.17 ~ 

- 51.17 - 
~ 51.17 - 
~ 51.17 . 
- 51.17 - 
- 51.17 - 
~ 51.17 - - _ _  
- _ _  
- _ -  
- _ -  _ _ _  
_ _ -  
- _ -  - . -  
- _ -  - _ _  
_ _ -  
- _ _  _ _ _  - . -  - _ _  _ _ _  

I Forward Power 

, I NYMEX Coal 

- _ _  May. 2017 - 56.26 - -  

KIUC EXHIBIT 3 



SNL: Forward Power Prices 
If there Is no data available for the selected date, the most recent data as of the selected date 1s displayed. 

NYMEX and CME Clearport market data provided by DTN. 

NYMEX and CME Clearport market data Is property of the Chicago Mercantile Exchange, inc. and its licensors. All rights rfZX+Ned. 

Alberta end Ontario Canadian power prices are reported in C$/MWh. US. power locations are reported in US$/MWh. 
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COMMON WEALTII OF KENTUCICU 

BEFORE THE PUBLIC SERVICE COMMISSION 

In The Matter Of: 

APPLICATION OR' KENTUCKY POWER 
COMPANY FOR APPROVAL OF ITS 
201 4. ENVlRONMENTAL COMPLTANCE: 
PLAN, FOR APPROVAL, OF ITS 
AMENDED ENVIIRONMENTAL COST 
RECOVERY SURCHARGE TARIFF, AND 
FOR THE GRANTING OF A 
CERTIFICATE OF PUBIJC 
CONVENIENCE AND NECESSITY FOR 
THE CONSTRUCTION AND 
ACQUISITION OF RELATED 
FACILITIES 

CASE NO. 202 1-00401 

E WE 
MAR 0 9  2012 

PUBLIC SERVICE 
C 0 MI M 1 S S IO M 

Notice of Filing Of Supplemental ltesponse 
To Identified Data Requests 

Kentucky Power Company files its March 9, 201 2 Supplernenlal Response to the 

followiiig data requests: 

[a) KITJC 1-41; 

(b) AG 1-26. 

OAG EXHIBIT ' /  



R. Belljamin Crittenden 
STITES & HAIIBISON, PLLC 
42 1 West Main Street 
P.O. Box 634 
Frankfort, ICY 40602-0634 
Telephotie: (502) 223-3477 
COUNSEL FOR KENTUCKY POWER 
COMPANY 

CERTIFICATE OF SERVICE 

I hereby certify that a copy of the foregoing was served by first class inail upon the 
following parties of record, this the 9"' day of March, 201 2. 

Michael L. ICurtz 
ICurt J. Boehm 
Boehm, ICurtz & Lowry 
Suite 15 10 
36 East Seventh Street 
Cincinnati, OF1 45202 

Jennifer Black I-Ians 
Dennis G. Howard I1 
L,awrence W. Cook 
Assistant Attorney Gencral 
Office for Rate Intervention 
P.O. Box 2000 
Frankfort, ICY 40602-2000 

Shannon Fisk 
235 Rector St. 
Philadelphia, PA 19 128 

Joe I?. Cliiiders 
Joe F. Childers & Associates 
300 The Lexington Building 
201 West Short Street 
Lexington, ICY 40507 

Kristin Henry 
Sierra Club 
85 Second Street 
Sail Francisco, CA 94 105 

Mark R. Overstreet 
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Credit Opinion: Kentucky Power Company 
5 TI0 R s SE 6iVK E 

Global Credit Research Y 07 Feb 20'12 

Ashland, Kentuckx United Staies 

Ratings 

Category 

Oullool< 
Issuer Rating 
Senior Unsecured 
Parent: American EBedric Rower 
Company, Ilnc. 
Outlook 
Senior Unsecured 
Jr Subordinate 
Commercial Paper 

Contacts 

MoodyVs 
Rating 
Stable 

Baa2 
.Baa2 

Stable 
Baa2 
Baa3 

P-2 

haliysf: Phone 
William Hunter/New York City 21 2.553.1761 
William L. Hess/New York City 212.553.3837 

Key lndicators 

[l]Kentucky Power Company 

(CFO Pre-WIC -I- Interest) i lnleresl Expense 
(CFO Pre-WIC) I Debt 
(CFO Pre-W/C - Dividends) I Debt 
Debt I Book Capitalization 

LTM 9/30/201'l 2010 2009 2008 
3.91: 3.41~ 3.91~ 2.51~ 
I W o  15% 18% 9% 
14% '11% '15% 7% 
d?'/o &yo 46% 50% 

[I] All ratios calculaled in accordance with the Global Regulated Electric Utilities Hating Methodology 
using Moody's standard adjustments. 

Note: For defirifioris of Moody's most common ratio terms piease see ihe accorripar iyir iy User's Guide. 

Opinion 

Rating Drivers 

Constructive regulatory environment viewed positively 
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Planned environmental expenditures enormous relative to the company's size 

Key financial metrics have improved but likely to be stressed by the capital spending program 

Mainlenance of current ratings will depend on capital injections from the parent 

Industrial sales have benefitted from high component of mining and energy-related industries 

Corporate Profile 

Kentucky Power Company (KPCo, Baa2 senior unsecured, stable outlook) is a vertically integrated 
electric utility company headquartered in Frankfort, Kentucky and is a wholly owned subsidiary of 
American Electric Power Company (AEP, Baa2 senior unsecured, stable oullook). KPCo is one of AEP's 
smaller subsidiaries, with about $1 billion in rate base (about 6% of AEP's state jurisdictional total) and 
$1.6 billion assets (3% of AEP consolidated). I<PCo's primary regulator is the I<entucky Public Service 
Commission (KPSC). KPCo's total owned generation capacity is 1,078 MW, entirely at the Big Sandy 
plant, and il purchases approximalely 390 MW from affiliate AEP Generating's share of the Rockpoit 
plant under two long-term unil power agreernenls. KPCos lolal capacity of approximately 1,468 MW is 
1OOoh coal. KPCo's 2010 peak denland was reported as 1,543 MW, leaving a negative reserve margin of 
approximately 5%, which KPCO has primarily met with purchases from its affiliates in the AEP Power 
Pool. 

KPCo's Baa2 senior unsecured rating primarily reflects the reasonably constructive relationship with the 
KPSC, financial melrics that have improved Lo a level that is consislenl with the rating, and the company's 
position as a member of the AEP family, balanced against an enormous planned capilal expendihre 
program that could stress financial metrics, a need for capital injections during the construction period and 
the impact of an expected near dolibling of rate base on retail rates. 

DETMLED MTMG CONSI[DEIRPiIBNS 

CONSTRUCTIVE REGULATORY ENVl RONMENT A CREDIT POSITIVE 

Moody's views the regulatory environment in Kentucky as reasonably supportive to long-term credit 
stability, a material credit positive. In June, 2010, the KPSC approved a not overly-generous rate 
settlement agreement for KPCo authorizing a $64 million rate increase, based on a 10.5% authorized 
ROE with 43% equity, and recovery of $23 million of storm costs over five years. However, electric 
utilities have generally been allowed fo earn a return on essentially all cotistr-uclion work in progress. 
Utilities can start to collect interim rat.es approximately six months after filing a rale case ir the KPSC has 
not acted on it. There are also various riders and cost recoveiy mechanisms that help to avoid regulatory 
lag, including a fuel adjustment clause, an energy efficiency rider and, most significantly, an environmental 
cost, recovery rider. Proceedings for the latter are conducted every two years. The KPSC has authorized 
significant amounts of environmental spending for some of the state's other investor-owned utilities, and 
Moody's expects that KPCo would he granted siniilar treatment for reasonable costs to upgrade its coal 
plants. 

CAPITAL EXPENDI'I~URE PKOGKAM COULD PKESSIJRE RATINGS OVER TIiE MEDiUM TO LONG 
TERM 

KPCo's cumulative long-term capital inveslment program is extremely large relative to its size. KPCo 
terminated its installation of jet bubbling reactor technology at Big Sandy 2 due to technical problems and 
expects to install dry flue gas desulfurization at unit two (800 MW), while retiring unit one (2/8 MW). On 
12/5/1~l , KPCo filed with the KPSC to approve the project at an estimated cost of $940 million including 
AFIJDC. KPCo proposes to defer a retiwn on the project until it is complete ( estimated in 2016) implying 
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environmental capex of about $270 millionlyear, compared to average annual total capex of $80 million for 
2006-2010. KPCo will also be responsible for'a portion of the cost of the Rockport upgrades, but KPCo 
will pay these costs over a longer period of time through higher capacity costs. To maintain its current 
rating, MPCo will require additional equity injections from AEP (the last received was in 2009), especially if 
cash returns are deferred as proposed. Based in part on our expectation that coal-friendly investments 
will receive timely rate base treatment in Kentucky, we expect that the parent will take appropriate steps 
to maintain adequate financial metrics at KPCo. 

Another potential concern regarding environmental expenditures is the impact on rates. KPCo's average 
residential rate of 8.85 centslKWh in 2010 was the highest among investor-owned utilities in the state, 
and 16% higher than the state average of 7.63 cents/KWh. KPCo estimates that the Big Sandy 
expenditures will raise rates by about 30% in 2016; however, rates for all utilities in the state will increase 
due to similarly large expenditures. Higher rates could engender demand response changes among all 
customer classes. Rate design will be an important consideration, as materially higher rates could 
discourage industrial activity and/or encourage self generation by large industrial customers, especially if 
shale gas keeps natural gas prices depressed. 

RECENTLY STABLIZED CREDIT METKICS MAY BE STRESSED BY THE ENVIRONMENAL 
SPENDING 

KPCo's ltey financial credit metrics have historically been somewhat weak for its Baa2 senior unsecured 
rating category but have improved since 2008. For the periods of 2006-2010, 2008-2010 and the twelve 
months ended 9/30/11, KPCo's ratio of cash from operations before working capital adjustments (CFO 
pre-WIC) to debt averaged about 14.5%, '13.7% and 18.3%, respectively. The ratio of CFO pre-w/c 
interest coverage averaged 3.6x, 3 . 3 ~  and 3.7x, respectively for the same periods. Balance sheet 
leverage has also improved, with debt to capitalization of 44.2% at 9/30/11 , down from 50.5% at 
12/31/08. In the near to intermediate term, we expect financial metrics to stabilize. However, metl-ics will 
likely be stressed after mid-2013, due to large increases in capital expenditures, potentially with no 
current return on investment if the KPSC agrees to the'proposed deferral. Thus, our expectation that AEP 
will provide sufficient equity capital to maintain metrics is crucial to the continuance of the curtent ratings. 

INDUSTRIAL SALES I-IKVE HELD STEADY, BOOSTED BY COAL MINING AND ENERGY 

Although KPCo's service territory is in the casterninost part of the state, with few urban areas other than 
Ashland, industrial sales represent a high percentage of total production, - about 44% of retail KWh sales 
and 34% of retail revenues. Of the 'IO largest industrial customers, which represent 6G% of industrial 
sales, there are four coal mining companies, two energy companies, two steel ma'nufacturers, and two 
chemical companies. Industrial sales have been quite stable over the past five years, in part because high 
coal prices have kept the mines active. Recent Central Appalachian coal price declines could negatively 
affect overall KWh demand; howcver, KPCo's territory is on the western edge of the Utica shale 
formation, which may spur Tur [her energy developnieni. 

DISSOLUTION OF -ll-IE AEP POWER POOL ADDS A MODICUM OF UNCERTAINTY 

In December 2010, all the members of the AEP Power Pool gave notice to terminate the Interconnection 
Agreement under which they purchase and sell power and share the costs of capacity, effective .January 
2014. or as determined by FERC. While this notice is revocable, we believe the Interconnection 
Agreement will be cancelled or materially modified. KPCo is weakly positioned to serve its own load; 
however, the expected de-regulation of AEP Ohio's generation in stages through'mid-20.15 provides a 
potential source of long-term power and capacity for KPCo. 

Liquidity 

KPCO's liquidity is adequate. KPCO paiticipates in the AEP Utility Money Pool with a bob-rowing limit of 
$250 million, which provides access to the parent company's liquidity. As of 9/30/11, KPCO had a balance 
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of $96 million invested in the Money Pool, compared to the $67 million invested as of 12/31/10. KPCo 
also utilizes AEP's receivable securitization facility. 

For the twelve months ending September 201'1, KPCO generated approximately $140 million of cash from 
operations, invested approximately $64 million in capital expenditures and made $24 million in upstream 
dividend payments to AEP, resulting in approximately $52 million of positive free cash flow. In 2012, we 
expect I<PCO to generate approximafely $ I  20 million of cash from operations, invest approximately $1 20 
million in capital expenditures and continue to contribute approximately $20 million in upstream dividends 
to its parent. KPCO has no long-term debt maturities until 2017. 

AEP has two syndicated credit facilities totaling $3.25 billion that were renewed and extended in mid- 
2011. One is a $1.5 billion facility expiring June 2015. The other is a $1.75 billion facility (upsized from 
$1.5 billion) expiring in July 2016. The combined letter of credit sub-limits cinder these facilities is $'1.35 
billion. The facilities contain a covenant requiring that AEP's consolidated debt to capitalization (as 
defined) will not exceed 67.5% (AEP states the actual ratio was 50.3% at 9/30/11, indicating substantial 
headroom). AEP Is not required to make a representation with respect to either material adverse change 
or material litigation in order to borrow under the facility. Default provisions exclude pa!/ment defaults and 
iiisolvency/bankiuptcy of subsidiaries that (like KPCo) are not significant subsidiaries per the SEC 
definition (AEP Texas Central and Southwestern Electric Power Company are also effectively excluded as 
significant subsidiaries due to definitional adjustments). Also in 2011, AEP,allowed a $478 inillion letter of 
credit facility to expire but renewed its $750 million accounts receivable securit.ization (only the multi-year 
portion of the latter is included as an available source in Moody's liquidity testing). 

As of Y/30/11, AEP had $546 million of cash on hand and approximately $2.6 billion of availability under 
the syndicated revolving credit Fac es after giving effect to $529 million of commercial paper oiilstanding 
and $103 million of issued letters of credit. 

For the 12 rnont.hs ended 9/30/11, AEP generated approxirnately $4.6 billion in cash from operations, 
made approximately $3.1 billion in capital investments and net asset purchases and paid about $890 
million in dividenrls, resulliny in roughly $61 0 rriillion of posilive .free cash Flow. 

Including securitization bonds, AEP has approxiinately $690 million of long-term debt due in 2012, $1.7 
billion due in 2013, and $1..0 billion in 2014. Over the next two years, we estimate that AEP will generate 
roughly $3.5 billion in cash from operations, spend about $3.3 billion annually in capital expenditures and 
pay approximately $900-950 million in dividends annually, yielding negative free cash flow of about $700 
million per year. 

Rating O L I ~ ~ Q O ~  

The stable rating outlook for KPCo is primarily based on our expectation that the company will continue to 
maintain a constructive relationship with the KPSC, including reasonably good recovery of planned 
envii-onmental upgrade expenditures, and that parent AEP will provide the capital injections needed for 
KPCo to maintain the recently stabilized key financial credit metrics that support the current rating. 

What CouSd Change the Rating - Up 

Rating upgrades appeal- unlikely over the near to intermediate term horizon, primarily due to our 
expectation that KPCo will be challenged to maintain its financial proflle in light of the capital investment 
plan. However, KPCo could be considered for a ratings upgrade if it were to achieve key financial credit 
metrics, including CFO pre \N/C plus interest over interest of approximately 5% and CFO pre W/C to debt 
of approximately 20% on a sustainable basis. 

What CswSci Change the Rating - Down 
Ratings could be downgraded if the regulatoi y environment were to take a mol e adversar ial tone, 
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Regulated Electric and Gas Utilities Ir?durstry [ 11[2] 

especially with respect to the recent environmental capex filing, if KPCo's capital expenditure program 
experienced material cost over-runs, if equity contributions from AEP were not forthcoming in a manner to 
maintain financial metrics commensurate with the current rating, if there were a material, sustained 
decrease in retail sales and revenues (especially from industrial customers), or the key financial credit 
metrics exhibited a deterioration that we expected would be prolonged, for instance, a ratio of CFO pre 
W/C plus interest over interest below 3 . 0 ~  or CFO pre WIC to debt in the low-teens. 

Current 
'i2/31/2018 

Moody's 
12-1 8 

RlOilth 
Forward 
view*- As 

of 
February 

201 2 
Messure SCOK 
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~ 

Baa 
3.0 - 3 . 5 ~  Baa 
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13 - 17% Baa 
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a) Regulalory Framework 
kactor 2: %iiity TO Recover costs h d  Earn Returns- 

a) Abilily To Recover Costs And Earn Returns 
Fador 3: Diversification ('IQOh) 
a) Market Position (5%) 
b) Generation arid Fuel Diversily (5%) 
Factor 4: Financia! Strength, Liquidity And Key 
Financial Metrics (4.0%) 
a) Liquidity (10%) 
b) CFO pre-WC -1- Interest/ Interest (3 Year Avg) (7.5%) 
c) CFO pre-WC I Debt (3 Year Avg) (7.5%) 
d) CFO pre-WC - Dividends I Debt (3 Year Avg) (7.5"h) 
e) DebtlCapitalization (3 Year Avg) (7.5%) 
Rating: 
a) Indicated Rating from Grid 
b) Actual Hating Assigned 

(25%0) 
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13.7% 
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47.3% 

;cwc 
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B - 

Baa 
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Baa2 
Baa; ____ 

* THIS REPRESENTS MOODY'S FORWARD VIEW; 
NOT THE VIEW OF THE ISSUER; AND UNLESS NOTED 
IN THE TEXT DOES NOT INCORPORATE 
SIGNIFICANT ACQUISITIONS OR DIVESTITURES 

[I] All ratios are calculated using Moody's Standard Adjustments. [2] As of 12/31/2010; Source: Moody's 
Financial Melrics 
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0201 2 Moody's Investors Scrvice, Inc. and/or its liccnsors and affiliates (collcclively, 
"MOODY'S"). All rights resewed. 

CREDlT WTINGS ISSUED BY MOODY'S INVESTORS SERVICE, INC. ("MIS"') AND ITS 
AFFILIATES ARE MOODY'S CURRENT OPINIONS OF THE RELATIVE FUTURE CREDIT 
RISK OF ENTITIES, CREDIT COMMITMENTS, OR DEBT OR DEBT-LIKE SECURITIES, AND 
CREDIT RATINGS AND RESEARCH PLJBLICATIONS PUBLISHED BY MOODY'S ("MOODY'S 
PUBLICATIONS") MAY INCLUDE MOODY'S CURRENT OPINIONS OF THE RELATIVE 

SECURITIES. MOODY'S DEFINES CREDIT RISK AS THE RISK THAT AN ENTITY MAY NOT 
MEET BTS CONTRACTUAL, FINANCIAL OBLIGATIONS AS THEY COME DUE AND ANY 
ESTIMATED FINANCIAL LOSS IN THE EVENT OF DEFAULT. CREDIT RATINGS DO NOT 
ADDRESS ANY OTHER RISK, INCLUDING BUT RIOT LIMITED TO: LIQUIDITY RISK, 
MARKET VALUE RISK, OR PRICE VOLATILITY. CREDIT RATINGS AND MOODY'S 
OPINIONS INCLUDED IN MOODY'S PUBL.ICATIONS ARE NOT STATEMENTS OF CURRENT 
OR HISTORICAL FACT. CREDIT RATINGS AND MOODY'S PUBLICATIONS DO NOT 
CONSTITUTE OR PROVIDE INVESTMENT OR FINANCIAL ADVICE, AND CREDIT RATINGS 
AND MOODY'S PUBLICATIONS ARE NOT AND DO NOT PROVIDE RECOMMENDATIONS TO 
PURCHASE, SELL, OR HOLD PARTICULAR SECURITIES. NEITHER CREDIT RATINGS NOR 
MOODY'S PUBLlCATllONS COMMENT ON THE SUITABILITY OF AN INVESTMENT FOR ANY 
PARTICULAR INVESTOR. MOODY'S ISSUES ITS CREDIT RATINGS AND PUBLISHES 
MOODY'S PUBLICATIONS WITH THE EXPECTATION AND UNDERSTANDING THAT EACH 
INVESTOR WILL MAKE ITS OWN STUDY AND EVALIJATION OF EACH SECURITY THAT IS 
UNDER CONSlDERATlON FOR PURCHASE, HOLDING, OR SALE. 

FUTURE CREDIT RISK OF ENTITIES, CREDIT COMMITMENTS, OR DEBT OR DEBT-LIKE 

ALL INFORMATION CONTAINED HEREIN IS PROTECTED BY LAW, INCLUDING BUT NOT 
LIMITED TO, COPYRIGHT LAW, AND NONE OF SIJCH INFORMATION MAY BE COPIED OR 
OTHERWISE REPRODlJCED, REPACKAGED, FIJRTHER TRANSMITTED, TRANSFERRED, 
DISSEMINATED, KEDISTRIBI.Il'ED OR RESOLD, OR STORED FOR SUBSEQUENT USE FOR 
ANY SUCll PURPOSE, IN WI-IOLE OR IN PART, IN ANY FORM OR MANNER OR BY ANY 
MEANS WHATSOEVER, BY ANY PERSON WITHOUT MOODY'S PRIOR WRITTEN CONSENT. 
All information contained herein is obtained by MOODY'S fiom sources believed by it to be 
accurate and reliable. Because of the possibility of hurrian or rnectiariical error as well as other 
factors, however, all information contained herein is provided "AS IS' without warranty of any Itind. 
MOODY'S adopts all necessary measures so that the information it uses in assigning a credit 
rating is of sufficient quality and from sources Moody's considers to he reliable, including, when 
appropriate, independent third-party sources. However, MOODY'S is not an auditor and cannot in 
eveiy instance independently verify or validate information received in the rating process. Under 
no circurnstances shall MOODY'S have any liabilily to ariy person or erility lor (a) any loss or 
damage in whole or in pait caused by, resulting from, or relating to, any error (negligent or 
otheiwise) or other circumstance or contingency within or outside the control of MOODY'S or any 
of its directors, officers, employees or agents in connection with the procurement, collection, 
coinpilalion, analysis, interprctation, communication, publication or dcliveiy of any such 
information, or (b) any direct, indirect, special, consequential, compensatory or incidental 
darnages whatsoever (including withoul limilaliori, lost ~profiks), even if MOODY'S is advised ii i 
advance of the possibiliiy of such damages, rasulting from the IJSF! of or inabilily to tm, any stich 
information. The ratings, financial reporting analysis, projections, and other observations, if any, 
constituting part of the information contained herein are, and must be construed solely as, 
statements of opinion and not slatemcnts of fact or recornmendalions to purchase, sell or hold any 
securities. Each user of lhe inforniation contained herein must inalte its own study and evalualion 
of each security it may consider purchasing, holding or selling. NO WARRANTY, EXPRESS OR 
IMPLIED, AS TO THE ACCURACY, TIMELINESS, COMPLETENESS, MERCHANTABILITY OR 
FITNESS FOR ANY PARTICULAR PURPOSE OF ANY SUCH RATING OR OTHER OPINION OR 
INFORMATION IS GIVEN OR MADE BY MOODY'S ibl ANY FORM OR MANNER WHATSOEVER. 
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MIS, a wholly-owned credit rating agency subsidiary of Moody's Corporation ("MCO"), hereby 
discloses that most issuers of debt sccuritics (including corporate and municipal bonds, 
debentures, notes and commercial paper) and preferred stock rated by MIS have, prior to 
assignment of any ialing, agreed lo pay to MIS k appraisal and rating services rendeied by it 
fees ranglng from $1,500 to approximately $2,500,000. MCO and MIS also maintain policies and 
procedures to address the independence of MIS's ratings and rating processes. Information 
regarding certain affiliations that may exist between directors of MCO and rated entities, and 
between entities who hold ratings from MIS and have also publicly reported to the SEC an 
ownership interest in MCO of mole than 5% is posted annually at w.moodvs.com under the 
heading "Shareholder Relalions -Corporate Governance -Director and Shareholder Affiliation 
Policy.'' 

Any publication into Australia of this dncurrient is by MOODY'S alfiliate, Moody's Inveslors Service 
Pty Limited ARN 6'1 003 399 657, which holds Australian Financial Selvices ILicense no. 336969: 
This document is intended lo be provided only to "wholesale clients" within the meaning of section 
761 G of the Corporations Act 2001. By continuing to access this document from within Ausiralia, 
you represent to MOODY'S that you are, or are accessing the document as a representative of, a 
"wholesale client" and that neither you nor the entity yoti represent will directly or indirectly 
disseniinaie this document or its contents lo "relail clienls" within the meaning of section 761 G of 
the Corporations Act 200'1. 

Notwithstanding the foregoing, credil ratings assigned on and after Oclober 1, 2010 by Moody's 
Japan K.K. ("MJKK) are MJKK's current opinions of the relative fitture credit risk of entities, ciedit 
commitments, or debt or debt-like securities. In such a case, "MIS" in the foregoing statements 
shall he deemed to be replaced with "MJKK". MJKK is a wholly-owned credit rating agency 
subsidiary of Moody's Group Japan G K ,  which is wholly owned by Moody's Overseas Holdings 
hc., a wholly-owned subsidiary of MCO. 

This credit rating is an opinion as to the creditworthiness of a debt obligation of the issuer, not on 
the equity securities of the issuer or any form of security that is available to retail investors. It 
would be dangerous Tor relail invesiois Lo inalte any inveslineiit decision based on this credit 
rating. If in dolJht you should contact yoi% financial or other professional advlser. 

http://w.moodvs.com
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Following discussions with counsel clarifying the information being sought in AG 1 - 
1 1 (e), Kentucky Power Company files the following supplemental response to AG 1-1 1. 

This the 22nd day of February, 2012. 
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Attorney General's Initial Set of Data Requests 
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Information Being Requested In Part (c)) 

Item No. 11 
Page 1 of 2 

Kentucky Power Corn pa ny 

REQUEST 

Please reference the Weaver testimony at pages 12 through 13 as well as the testimony in 
general. Please provide a chart or graphical depiction of the following, broken down by Phase 1 
and Phase 2 of the CSAPR Rule: 

a. The estimated curtailment date(s), if any, of the Big Sandy units, with each unit listed 
separately, and amount of generated electricity expected to be curtailed; 

b. The amounts and expected costs of any additional power that may have to be purchased as 
a result of any such curtailments; 

c. The estimated impact on the bills of average residential, commercial and industrial 
customers, with each listed separately, including also the costs of any purchased power 
reflected in subpart (b), above. 

RESPONSE 

a. Please.see the response to KPSC 1-8. 

b. Please see the response to KSPC 1-52 (e). 

c. Please see page 2 of 2 of this Response for the requested chart. The average customer bill for 
each customer class was calculated by dividing total revenue for each customer class during . 
201 1 by the simple average nwnber of class customers during 201 1. The calculated average 
bill was then increased by the indicated percentage in 2012,201 3, and 2016. 

Because the environmental surcharge is calculated as a percentage of revenue, the increase, 
expressed as a percentage, 'will be the same in 2012, 2013, and 2016 (0.87%, 0.01%, and 
28.62% respectively) without regard to the amount of the bill. . 

WITMESS: Robert L Walton and Lila P Munsey 
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Kentucky Power Company. 
KPSC Case No. 201 1-00401 

Estimated Average Residential, Commercial, and Industrial Customer Bills 

Estimated Averaqe Bills and Increases 2011 ~ 2012 - 201 3 - 2014 2015 - 201 6 
ECR Percent increase 0.87% 0.01% 0.00% 0.00% ’ 28.61% 

Residential Bill 
Residential Bill Increase 

‘ Commerciai Bill 
Commercial Bill Increase 

Industrial Bill 
Industrial. Bill Increase 

$ 132.86 $ 134.02 $ 134.03 $ 134.03 $ 134.03 $ 172.05 
$ 1.16 $ 0.01 !$ - $  - $ 38.02 

$ 376.89 $ 380.17 $ 380.21 $ 380.21 $ 380.21 ’ $  488.07 
!$ 3.28 $ 0.04 $ - $  - $ 107.86 

$1 1,608.80 $11,709.79 $1 1,710.95 $11,710.95 $11,710.95 $15,033.39 
$ 100.99 $ 1.16 $ - $  - !$ 3,322.44 
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KY PSC PubIic Access - Utility Financial Reports 

Amount for Current Amount for Previous 
Yr Yr 

POWER PRODUCTION EXPENSES 

Operation 
, Operation Supervision and Engineering (500) $4,789,470.00 $4,946,854.00 

Fuel (501) $174,003,69 1 00 $182,833,323.00 
Steam Expenses (502) $4,958,775.00 $4,744,990.00 
Steam from Other Sources (503) 
(Less) Steam Transferred CR (504) 
Electric Expenses (505) $36,817.00 $96,981.00 
IMisceJlaneous steam Power Expenses (506) $9,471,055.00 $3,204,129.00 

A. Steam Power Generation ~- - _ _ _ _  - __ 

Page 2 of 4 

Rents (507) 
Allowance (509) 
Total Operation 
Maintenance 
Maintenance Supervision and Engineering 
(510) 
Maintenance of Structures (51 1) 
Maintenance of Boiler Plant (512) 
Maintenance of Electric Plant (513) 

300 American Electric Power 

$7,852,0 10.00 $2,326,582.00 
$20 1,111,818.00 $198,152,859.00 

$436,657.00 $455,751,00 

$720,2 07 00 $91 1,931.00 
$10,421,344.00 $8,057,559.00 
$5,098,686.00 $1,890,814.00 

\JJ. ' 1  I 

Total Maintena nee $17,368,536.00 
8 

$1 1,933,320.00 

/Maintenanceof Miscellaneous Steam Plant 
/i;i a\ 

$218,480,354.00 21. Total Power Production Expenses -- 
Steam Power 

$691,642.00/ $6 17,265.001 

$210,086,179.0O 

B, Nuclear Power Generation 
Operations 
Operation Supervision and Engineering (517) 
Fuel (518) 
Coolants and water (519) 
Steam Expenses (520) 
Steam from Other Sources (521) 
(Less) Steam Transferred -- CR (522) 



KY PSC Public Access - Utility Financial Reports 

402) 

oal -Tons Oil - Barrel 

573,985.0000 17,839.00000000 

11,941 .OOOO 137,073 .OOOOOOOO 

67.5760 98.53300000 

67.3280 91.05500000 

2.8190 15.81600000 

0.0260 0.00000000 

9,398.0000 0 .oooooooo 

Page 6 of 14 

Gas - Nuclear - Nucllear 
MCF Indicate Unit 

_____.- 0.0000 0.0000 

0,0000 0.0000 

0.0000 0.0000 

0.0000 0 .oooo 

0 .OOOO 0.0000 

0.0000 0 .oooo 

0 .oooo 0.0000 

300 American Electric Power 

Quantity of Fuel Burned 
Avg Heat Cont - Fuel ' 

Burned (btu/indicate if 
nuclear) 
Avg Cost of Fuel/unit as 
Delvd f.0.b. during year 
Average Cost of Fuel per 
Unit Burned 
Average Cost of Fuel 
Burned per Million BTU 
Average Cost of Fuel 
Burned per KWh Net Gen 
Average BTU per KWh 
Net Generation 

Steam-Electric Generating Plant Statistics - Part Three (Lines 35-43) 

Column c 
Nuclear Unit 
Quantity of Fuel Burned 
Avg Heat Cont - Fuel 
Burned (btu/indicate if 
nuclear) 
Avg Cost of Fuel/unit as 
Delvd f.0.b. during year 
Average Cost of Fuel per 
Unit Burned 

kolurnn b 
INuclea r Unit 

Average Cost of Fuel 

Burned Der KWh Net Gen 

Ref Pg. 

http://psc.ky . gov/ufmet'PublicRepSelect. aspx 4/23/20 12 
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Provide a revised version of the least-cost analysis used in all of ICeiiUclcy Power's original 
testimony a id  data responses to date to reflect current coiiditioiis witllin the industry. Provide 
supporting details and sources for all assumptions, data, aid regulatory requiremelits that drive 
specific alternatives. Include support for capital costs. Indicate tiiniiig issues tliat may arise with 
certain alternatives, including eiiviromiental requirements. Coiisider aid accouiit for m y  recent 
regulatory changes in Ohio or other states tliat may change the supply chaiii or availability of 
materials, equipmielit, or services. Include at a iiilimuin: 

a. PJM energy and capacity costs going forward; 

b. Gas prices going forward; 

c. Coal prices going forward; 

cl. Current energy and pealc deiiimid projections; 

e. Current capital costs for all projects under consideration; 

f. Include all previous alternatives, if still available, as well as any new alternatives that may 
now be available; 

g. Coiisider m y  recent regulatory changes in Oleo or other states tliat may change the supply 
mix or availability; 

11. Coiisider a range of costs for C02; 

i. Coiisider a five-yea- pat-cliased power approach, as well as any longer periods that may be 
optiiiiuiii. 

RESPONSE 

SCEXHlBlT 



The Coiiipaiiy has not revised any of tlie least cost analyses provided in its testiiiioiiy or 
subsequent data responses. Tlie data used 111 tliose analyses reiiiaiiis the iiiost current data 
available. Tlie Long-Term Forecast begins with a fLiiidameiital view of the primary i i i p t  drivers 
(fitel supply, load, impeliding regulatory policy, capital costs, etc.) wliicli is developed by 
iiiteriial subject-matter experts aid benclmiarlced to public a id  contract consultants’ iilforiiiatioii. 
A third-party dispatcli model, AuroraXMP, takes the long-term view of these primary drivers 
aiid, after iiiultiple iterations requiring coil-elative iiiput changes, delivers P JM energy aiid 
capacity values, peak demand proj ectioiis and other power marltet parameters. The process of 
creating the Long-Term Forecast takes approximately two iiioiitlis to coiiiplete. hi addition, it 
would take another 4 weeks of Strategist work to complete all of tlie modeling. To this poiiit, 
tliere Have been no iiieanhigfid changes to tlie primary drivers and accordingly tliere would be 110 
iiiaterial differences if tlie analyses were rrui to reflect tlie April 1 , 2022 coiiditioii in the iiidwtry. 

In particular: 

Nattu-a1 Gas; The extraordinarily mild 20 1 1-20 12 heating seasoii has caused nearby iiat~iral gas 
spot prices to drop to sub-$2/iimBx levels due to lligli storage iiiveiitories and certain summer 
storage re-fill congestion. It is equally likely tliat, in the eveiit of a colder-tli~i-iioriiial heating 
season, natural gas spot prices could exceed $7/iiui1Btu. But, on a weatlier-iioriiialized basis, the 
fiiiidanieiitals of iiatual gas production costs to meet the anticipated total natural gas demaiid 
still results in prices equivaleiit to tliose projected in ICeiitucly Power’s original testiiiioiiy for 
201 3 aid beyond. The dominant factor for this observation is that tlie long-term projection for 
exploration, development a id  production costs for slide gas reinaiiis unchanged - tlim creating a 
“floor” price. W i l e  natural gas prices may iiicw additional eiiviroimieiital costs dne to tlie 
process of hydro-fracturing, additioiial “associated gas” iiiay be brougllt to marltet because of tlie 
econoinic advantage of oil/liquids-ricli shale plays. But, at this time, tliere is no reasonable 
justification to alter tlie long-teriii outlook for natx~ral gas prices to ICentucly Power. 

(- .c__ 

Coal; ICeiituclty Power Coiiipaiiy’s coal forecast was based ~ipoii tlie long-term costs of coal 
production and the demand associated with iioriiial weather. It iiicludes assessments of coal- 
fired plaiit retireiiieiits dne to iinpeiidiiig environmental regulatioiis a id  projectioiis of US coal 
exports due to rising global demand - and these coiiditioiis reiiiaiii Luiclianged. For the near term, 
the forecast coal prices will be xffected by many other factors, iiicluding weather, coiiipeting file1 
aiicl utility coal stockpile levels. The mild 20 11 -3,012 heating season along with iiiespeiisive 
natural gas have iiiade coal-fired plant dispatch lower tlian expected and has left utilities with 
high stockpiles. This over-supply of coal in the near-term depresses coal prices to such low 
levels that they are below tlie cost of productioii for many less-efficient mines. Coal producers 
have started to cut down their production to re-balance tlie supply-demand relationship, and coal 
prices will recover to cost-of-production based levels in tlie near-term. Therefore, the forecast 
prices for the loiig-term reiiiaiii valid. 
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Capacity, energy and peak-demand; Tlie third-paxty dispatch model, A m o r a m p ,  has power 
market valmes/prices as “outputs” (as shown in the illustration below). Given that there has been 
no substantive change to tlie long-term view of the primary input drivers, the outputs and, 
therefore, tlie Long-Term Forecast, should remain unchanged. 

Recycle 

A range of costs for C02; Without question, the creation of a Long-Term Forecast which 
coiisiders a range of C02 costs mist  include conelative changes to other input drivers. It is 
iniprudeiit to ignore: 1) the effect of coal plant dispatch costs 011 coal prices due to changes in 
demand, 2) changes in gas-fired plant utilization arid the effect on natural gas prices, 3) changes 
in plant retirement schedules, 4) the price elasticity of residential, cornniercial and industrial 
demand, for example. Tlie necessary “feedback” loops” (iterations) to create a prudent set of 
Long-Teiiii Forecasts with a range of costs for C02 will require two montlis to complete. 

The Company has not updated any of the capital costs for any of the alternatives and those 
alternatives provided in the original testimony are still the only alternatives the Comnpany 
believes are available. 



c 
AEP iiiade a filing at FERC iii early February 2012 tliat iiicluded a new Power Cost Sliaring 
Agreement (PCSA) that would replace tlie current pool agreement. As part of tlie proposed 
PCSA, IQCo would liave pLu-chased a 20% ownership in Mitchell UiLits 1 aiid 2. That filing has 
since been withdrawn, but the Coinpa1y anticipates resubinitting another filing at a later time 
this year that will iiiclude tlie pru-chase of 20% of the Mitcliell Uilits. The transfer of Ohio Power 
(OPCo) generatioii to sister coiiyaiies witlliii AEP was proposed specifically for 11~1rposes of 
supporting the new PCSA. IQCo has 110 otlier rights to any additioiial OPCo generation nor 
does OPCo liave aiiy obligation to IQCo witli any additioiial generation. Tlie Coiiipaiiy lacks a 
reasonable basis to project tlie availability or price of m y  additional Ohio generation. 

Tlie Coiiipaiy in its application prepared alternative #4A aid #4B that loolced at both a 5 and 10 
year purchase power approach a id  tlieii would eitlier builcl or replace witli CC capacity. The 
Coiii11aiy is not able to consider otlier alteriiative optioiis at the end of tlie purchased power 
approacli in tlie time required to respond to tlis data request. At a iiiiiiiinuni, it woulcl take 8 to 
10 weelcs to perform tlie necessary due diligence to evaluate tlie change iii costs due to delaying 
the DFGD project aid ecoiioiiiic evaluatioii of such climges tlrougli O L I ~  iiiodeliiig exercises. 

W'LTNESS: Scott C Weaver 
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AEP-East 2010 Integrated Resource Plan . I -. - - _---_I "-. ,--.. . ,. 

The Integrated Resource Plan (TRP) is based upon the best available 
information at the time of preparation. However, changes that may .hnpact this 

plan can, and do, occur without notice. Therefore this plan is mot a 
commitment to a specific course of action, since the future, now more than 
ever before, is highly uncertain, particularly in light of the current economic 

conditions, access to capital, the movement towards increasing use of 
renewable generation and end-use efficiency, as well as legislative and 

regulatory proposals to control carbon, hazardous air pollutants and coal 
combustion residuals 

I 
i ' 

The implementation action items as described herein are subject to change as 
new information becomes available or as circumstances warrant. It is AEP's 

intention to revisit and refresh the IFW annually. 

The contents of this report contaio the Company's forward-looking projections and recommendations 
concerning the capacity resource profile of its affiliated operating companies located in the PJM 

Regional Traasrnission Organization. This report contains information that may be viewed by the 
public. Business sensitive information has been excluded &om this document, but will be made 

available in a confidential supplement on an as needed basis to third parties subject to execution of a 
confidentiality agreement. The confidential supplement should be considered strictly business 

sensitive and wowietary and should not be duplicated or transmitted in any manner. Any ques~ons 
or requests for additional copies of this document should be directed to: 

Scott C. Weaver 

Managing Director-Resource Planning and'Operationa1 Analysis 
Corporate Planning & Budgeting 

(614) 716-1373 (audinet: 200-1373) 

scweave@aep. corn 
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Executive Summary 
The goal of resource planning for a largely regulated utility such as AEP is to cost-effectively 

match its energy supply needs with projected customer demand. As such the plan lays out the 
amorrnt, timing and ope of rcsources that achieve this goal at thc lowest reasonable cost, considering 
all the various constraints-reserve nmrgins, emission limitations, renewable and energy efficiency 
requircments-that are currently mandated or projected to be mandated. 

Planning for tkture resource requirements during volatile periods can be challenging. The 
robustness and timing of economic recovery and its impact on load, commodity prices, varying levels 
of proposed or emcrging environmental legislation or federal regulation regarding greenhouse 
gasedcarbon dioxide (GHG/COZ), hazardous air pollutants (HAPS), coal combustion residuals (CCR) 
as well as existing and proposed mandates for renewable energy and demand-side management 
(DSM) reprosent major “drivers” of uncertainty that must be addressed during this planning process. 

This Executive Summary provides high-level results of the Integrated Resource Plan {IRP or 
“Plan”) process and analyses for the AEP-East zone of the AEP system covering the 10-year period 
201 1-2020 (Planning Period), with additional modeling and analyses conducted through 2030 (Study 
Period). ‘ 

The following Summary Exhibit 1 offers the “going-in” capacity need of each of the AEP- 
East zone prior to uncommitted capacity additions. It  amplifies that the region’s overall capacity need 
does not occur until the end of the Planning Period (2018-2019). “Committed“ new capacity 
embedded in this Plan includes completion of the 540 MW Dresden combined cycle facility in 2013, 
the assumed performance of the Donald C. Cook Nuclear Plant Extended Power Uprate @PU) 
project, and assumed near-term execution of purchase power agreements for renewable energy 
(largely, wind) resources. 

This going-ja capacity profile also considered the potential retirement of close to 6,000 MIiv of 
primarily older, less-efficient coal-fired units over the Planning Period due largely to external factors 
jncluding known or anticipated environmental initiatives from the U.S. Environmental Protection 
Agency (EPA), as well as the December 2007 stipulated New Source Review (NSR) Consent Decree. 
In spite of this potential, this AEP-East IRP requires no new baseload capacity resources in the 
forecast period. Ratha, the proposed EPU initiative at the Cook Nuclear Station during the 2014- 
2018 time period and peaking resources required in 2017 and 2018, in addition to wind purchases and 
DSM are assumed to be added to maintain anticipated minimum PJM capacity reserve margin 
requirements (approximately 15.5% of peak demand) as well as system reliability/restoration needs. 
It is anticipated that additional natural gas-fued peaking and intermediate capacity would be added 
shortly afrer the 2020 Planning Period to meet future load obligations. 

Whereas this document fomses on collective affiliate Operating Company planning requirements of the . 
“AEP-West” zone companies operating within the Southwestern Power Pool (SPP) Regional Transmission 
Organization (RTO), or ‘‘fiP-SPP“, comparable planning has also been performed for the affiliate East zone 
AEP Operating Companies residing in the PJM RTO. -. 

1 
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"lie followjug Summary Exhibit 2 demonstrates AEP-East's capacity position relative to this 
PJM reserve requirement, now inclusive of capacity additions as proposed in this 2010 I€?.€'. As this 
table indicates, the combination of traditional supply-side additions and demand-side measures that 
provide demand reductiondenergy efficiency (DWEE) allow AEP-East to meet this PJM reserve 
margin criterion. 

.. 
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Summary Exhibit 2 

2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030 
I _____.__ . . -. . . .- - . . . ~ .- 

Remaining Existing Capacity (MW) Dresden Capacity (MW) 

Total Obligation (MW) i llpll New Generation (MW) - 
! I Total . Obligation ~ (MW) (Excluding DR/EEIIW) __. . . .. - - -  

Source: AEP Resource Planning 

Major Drivers 
Load 

Anticipated load and peak demand is one of the chief underpinnings of the planning process. 
Over the 10-year Planning Period, the AEF-East region's internal demand profile has a 0.71% 
Compound Annual Growth Rate (CAGR). This equates to an approximate 150 'MW per year 
increase over the Planning Period if the load growth was uniform. This is considerably lower than 
the CAGR projected in the previous, 2009 IRP load forecast of 1.31 percent, or about 280 Mw 
annually. This lower growth rate obviously delays the need for replacement capacity even with the 
prospect of accelerated AEP-East coal unit retirements. 

Commodity Pricing 

AEP updates its commodities forecast twice each year, The Fall of 2009 forecast (2H09 
Forecast) was used as the basis for resource modeling in this IRP process. After comparing the 2H09 
Forecast to the subsequent long term forecast prepared in the Spring of 2010 (1H10 Forecast), as 
shown in Summary Exhibit 3, it was apparent that the eff'ects of the recently=revised pricing 
estimatcs were not significant in determining fitture resource additions and did not warrant a new 
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resource evaluation. Note that with the economic recovery, prices for on-peak power, coal and natural 
gas will risc in real terms over the next 3 to 5 year period and tben remain relatively stable. 

Summary Exhibit 3 
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Potential Carbon Legislation 

There has been much activity and discussion in Congress regarding legislation to require 
reductions in GHG/COt emissions. In this 2010 IRP it has been assumed that such legislated or 
regulated carbon restrictions will ultimately be established. The pricing assumptions and requirements 
for C02 used in this IRP were developed after the US. House passage of the Waxman-Markey Bill. 
Future IRPs will naturally reflect legislation (or regulation) that is enacted or developed after this 
report is issued. The driving planning assumptions around Climate Change in this 2010 IRP include 
substantive GHG/C02 reduction legislation effective by 201 4 with an economy-wide cap-and-trade 
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regime effective in the same year. Although Waxman-Markey assumes a 2012’start-dat.e, and more 
recent legislation introduced in the Senate (“Kerry -Lieberman” Discussion Draft) assumes a 201 3 
start-date, the assumption is that such comprehaislsive GHGICO;! legislation will not be approved by 
Congress this year and, as such, will not be effective until ai leust 2014. 

Proposed EPA Rulemaking 

The 2010 IRP considered potential future U.S. EPA rulemaking around HAPS. According to 
the AEP Environmental Services group, such federal rulemaking for HAPS could become effktive by 
as early as the end of 2015 when a “command-and-control” policy could require all US. coal and 
lignite units to install Maximum Available Control Technologies (MAC“) including fcombined} Flue 
Gas Desulphurization (FGD), Selective Catalytic Reduction {SCR), as well as, potentially, Activated 
Carbon Injection (ACI) with fabric filter emissions control equipment for mercury and nuinerom 
other heavy metals, toxic compounds, and acid gases. 

In addition, new rules on tfie handling and disposal of CCR are also being developed and could 
likewise be implemented as early as 2017, requiring significant additional capital investment in the 
coal fleet to convert “wet” flyash and bottom ash disposal equipment and systems-including 
attendant landfills and ponds-to “dry” systems, plus build waste-water treatment facilities to address 
plant groundwater run-off. Further, the federal EPA has also recently issued proposed rulemaking to 
replace the former Clean Air Ioterstate Rules (CAIR) for sulfur dioxide (SOz), oxides of nitrogen 
(NOx), and particulate matter (PM}, which bad previously been vacated by the federal courts. In lieu 
of a national cap-and-trade for those effluents, this “Transport Rule” would potentially establish stafe- 
spec@ emission budgets for SO2 and both Annual and Seasonal (May-September) N&. In the AEP- 
East zone states (Indiana, Kentucky, Ohio, Virginia and West Virginia), such proposed Transport 
Rule emission reduction requirements are likewise contentious in that it would theotetically involve 
acceleration of already-planned environmental retrofits lo as early as January, 2014; ‘in-service dates 
that may bc implausible to achieve. 

In summary, the cumulative cost of complying with these collective emerging environmental 
rules could ultimately be hugely burdensome on the AEP-East Operating Companies and its 
customcrs. Therefore, such requirements, if formally established by EPA, could then also accelerate 
proposed retirement dates of any currently non-retrofitted coal unit in the AEP-East fleet as 
established within this 2010 IRP as discussed below. 

Additional Potential Coal Unit Dispositions 

An AEP-East unit disposition study was undertaken by an IRP Unit Disposition evaluation team 

involving numerous AEP hctions. As in the past, the team’s primary intent was to assess the 
relative composition and timing of potential unit retirements. As in previous reviews, the 
predominant focus in the East was again on the roughly 5,300 MW of older-vintage, less-efficient, 
noo-environmental control-retrofitted (i.e., “Fully-Exposed”) coal units in the AEP-East fleet. 

V 
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As suggested above, in this 2010 IRP cycle review, the team considered faancia1 implications 
of the potential (dispatch) cost impacts associated with COz emissions, as well as cost to comply with 
assumed HAPS rulemaking. In addition, factors including PJM operational flexibility, emerging unit 
liabilities, and worltforce/community impacts were considered when recommending the relative 
multi-tier profilc of potential unit retirements. 

It should be noted that the conclusions of this updated unit disposition study are for the 
expressed purpose of performing this overall long-term IRP analysis and reflect on-going and 
evolving disposition assessments. From u capacity perspective, no formni decisions have been 
made wifh respect to specifw timing of any such unit retirements; with the exception of those units 
that are identified in the stipulated Consent Decree related to the NSR litigation. 

AEP hns nssatrned for plaiinirig purposes that oil of the “Ful/y-Exposed” coal units in the 
AEP-ELISI jlect nvzrid be retired over the coitrse of the decade tmder the notion that the 
iiirplmentatio)~ of my U.S. EPA HAPS and/or CCR nriemaking would be potentially 
“exlended and staggered” beyond end-of 201 5 in recogniiion of ahe national exposure @e., 
roiigh/y 1/3 qf U.S. coal irnits that are likewise fir/&-arpased and not liket‘y lo be retrojirtedto 
nchicw szich nrles.) Moreover. given the relative ‘retrofit vs. retire‘ economics, it is Jirrther 
n.ssztn~eCl thnt OPCo ’s Muskirigurn River Unit 5-a i-elaiive newer; more thermally-effienl 
600-MbT7 c o d  zrnil-woirid likewise be retired in the mid-to-lnte Planning Period. .. for a total 
ifnecrrh~ 6,000 hflY of coal zinii refiuernenrs.2 

Carbon Capture and Storage Technology 

While the 2010 IRP does not include any coal-fired baseload addjtions, it does recognize that 
the existing fossil fleet will likely be subject to COz emission reduction requirements in the fbture be 
it through legislated or regulated means. Therefore, the Plan includes the continued development and 
phase-in of Carbon Capture and Storage (CCS) at the (APCo) Mountaineer Plant as a practical, 
technology-advancing strategy. AEP has received partial fUnding from the US. Department of 
Energy [DOE) on the proposed Phase 2 (235-h4W slipstream) CCS initiative at Mountaineer. 
Projects such as this one will position us well should legislation provide for “Bonus Allowances”. 
Both the Waxman-Markey Bill and the @raft) Kerry-Lieberman comprehensive climate change 
legislation in the US. Senate offer such “Bonus Allowance” provisions. 

Assuming such CCS Bonus Allowances are available, this 2010 AEP-East IRP has also 
assumed that both the APCo Mountaineer Station and a unit at the OPCo Gavin Station (combined 
2,600 MW) would have CCS fully-installed toward the end of the Planning Period in 2019-2020. 

For 201 0 Plan purposes, other than Muskingum River U5, all other comparable AEP-East ?E’axtially-Exped” 2 

coal units not currently fully-retrofitted lo meet either NSR Consent Decree or anticipated HAPS rulemaking 
requirements (Big Sandy Unit 2, Rockport Units l&2, ConesviUe Units 5&6) are assumed tobe retrofitted and 
would continue operation throughout the Study Period. - 

vi 
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Peak Demand Response and Energy Efficiency 

Recognizing the prospects of higher marginal or “avoided” costs, AEP initiatives to improve 
grid efficiency and install advanced metering, as well as a national groundswell focused on usage 
efficiency, the AEP-East 2010 IRP reflects approximately 415 h4W of incremental peak demand 
reduction (above the 473 MW of interruptible load curreiitly in place) by the end of 201 1, growing to 
1,213 by the end of 2014. 

These incremcntal reductions in peak demand result from a suite of sources including: 

programs (560 Mw); 
e ‘?Passive” demand rcductions via customer-focused energy efficiency (“24/7”-type) 

0 “Active” demand response (“peak shaving”-type) program opportunities (600 MW); and 
0 unique utility infrastructure efficiency initiatives such as Integrated Volflar Control 

(NVC) (53 MW). 

Further, this Plan fully reflects legislative and regulatory mandated levels of AEP-East 
Operating Company energy efficiency and demand response in Ohio, Indiana and Michigan. 

Wind and Other Renewable Resources 

Along with the prospects of comprehensive GHG/C02 Iegislation--.or even as a “carve-out” as 
part of any potential Energy Bill that could be contemplated in Congress-the possible imoduction 
of a Federal Renewable Portfolio Standard (RPS) has resulted in the planned AEF system-wide 
addition of 2,000 Mw of renewable resources by approximately mid-decade, or end-of-2014. Note 
that this represents an approximate 3-year shift fiom prior (2009 IRP) planned comKuitments of 2,000 
MW of System-wide rencwable resources by the end of 2011; however, as recent unfavorable 
regulatory decisions in both Virginia and Kentucky surrounding cost recovery of planned wind 
purchase transactions has resulted in this “extension” of that prior goal. 

The largest portion of these additions (about 1,100 MW nameplate of, predominantly, wind 
resources) is assumed to be applicable to AEP-East, Placed in addition to current and planned AEP- 
SPP region affiliates-Public Service Company of Oklahoma (PSO) and Southwestern Electric 
Power Company (SWEPCO)---long-term wind developmentlpurchases as well as economically- 
screened biomass co-firing opportunities, the overall AEP System is positioned to achieving a target 
of 10 percent of energy sales fmni renewable soimes by the end of the IRP Plunnhg Period 
(2020), again consistent with Ohio Substitute S.B. 221 and other state-mandated reneyable 
rcquirements in Michigan, West Virginia, Oklahoma and Texas. 

Emerging Technologies 

AEP is committed to pursuing emerging technologies that fit into the capacity resource planning 
process including, among others, fuel cells, solar, energy storage as well as “smart-grid” enabling 
meters and distribution inhtructure. These largely distvibuted technologies, while currently 
expensive relative to traditional demand and supply options-and in consideration of AEP-East’s 
current capacity and energy “length” in PJM-have the capability to evolve into far more common 

vii 
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and accepted resource options as costs come down and perfomamelefficiencies continue.to improve. 
For each of these options, both the technology and associated costs will continue to be very closely 
monitored for iuclusion in future annual planning cycles. 

As an example, the 2010 AEP-East IRP includes the addition of W C  technology into the 
diskibutiou system infrastructure which will reduce voltages and, hence customer usage behind the 
meter. This technology therefore helps cost-effectively mitigate the need for new capacity and 
reduces energy requirements resulting in reduced emissions. 

Portfolio Risk Analysis 
Given the uncertainties facing AEP in the future, a number of diverse resource poxtfolios were 

analyzed under a widc range of future commodity pricing scenarios. This allowed the resource 
planners to evaluate whether near-term decisions may adversely impact futwe costs to cummers. The 
portfolios that were evaluated include accelerated near-term coal unit retirements (we-and-above 
Muskingum River U5), additional DlUEE and renewable resources, the addition of nuclear capacity, 
as we11 as various combinations of these end-states under various commodity pricing scenarios. This 
exercise provided intelligence in establishing the final recommended plan. 

... 
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AEP-East Recommended Plan: 2011-2020 
(Including AEP-East Company Respomibilip) 

/ 

J 

J 

J 

J 

J 

J 

J 

J 

J 

J 

Complete the 540 MW Dresden Combined Cycle Facility by 2013 (AEG-APCo) 
Retirc 5,930 MW of coal-fired generating units over the period: 2012-to-2019 (Vtirious), 
including the 600 MW Muskingum River Unit 5 (OPCo) 
As part of the life extension component replacement program required under the 20-year 
operating license extension received in August 2005, uprate the D.C. Cook Units 1 and 2 by 417 
MW over the 2014 to 2018 timeframe (Ihm 
Construct or acquire peaking duty cycle (e.g., Combustion Turbine) capacity: 314 MW by 2017 
(APCo), and an additional 314 MW by 2018 (KPCo/APCo) for both ultimate capacity and 
anticipated system reliabilityhestoration (,“Black Sixty? requirements 
Purchase or construct an additional 1,600 MW (nameplate) of wind generation by 2020 
(Various), over-and-above the 626 MFV already in operation, to achieve both state-mandated 
renewable requirements (OH, MI, m a )  as well as contribute to a 10% (of retails sales) ?arget” 
by 2020 
Co-fire with biomass feedstock at existing units, or acquire the “equivalent” of approximately 150 
h4W of dcdicated biomass generation by 20 18 (CSP, OPCo, & APCo) 
Purchase or consmct an additional 215 MW (nameplate} of solar generation for the AEP-Ohio 
Companies (CSP and OPCo) in order to achieve “solar-specific” renewable mandates set forth 
under Ohio S.B. 221, in addition to the 10 MW solar (Wyandot) PPA already in operation 
Continue the Carbon Capture and Storage (CCS) project at Mountaineer (A€’&) and ultimately 
fully install CCS at Mountaineer and Gavin Unit 1 (OPCo) by 2020 
Implement Energy Efficiency programs totaling over 6,000 GWh (868 MW of attendanl 
“passive” Demand Response) by 2020 across all AEP-East stateslcompanies to meet eitha 
legislative or regulatory mandated (OH, MI, IN) requirements or, incrementally, 
knowdanticipatcd initiatives in non-mandated states 
hpfcmeni “Active” Demand Response initiatives totaling 600 h4W by 2015 (Various) 
Upgrade the distribution system with IVVC technology, reducing beak} demand by 106 Mw ant 
customer energy usage totaling roughly 500 GWh by 2018 (Various) 

Any CCS implementation beyond the current Mountaineer “Phase 2” (235-MW slipstream) project would be 
subject to qualification and receipt of cost-offsetting “(COz) Bonus Allowances” emanating from potmtial 
comprehensive Climate Change legislation currently before the U.S. Congress. - . 

ix 
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The following Summary Exhibit 4 offers a view ofthe 2010 AEP-East IW: 

Summary Exhibit 4 

x 
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Plan Impact on Capital Requirements 
This Plan includes new capacity resource additions, as described, as well as unit uprates and 

assumed environmental retrofits. Such generation additions require a sign$cuni investment of 
capital. Some of these projects are still conceptual in nature, others do not have site-specific 
information to perform detailed estimates; however, it is important to provide an order of magnitude 
cost estimate for the projects included in this plan. As some of the initiatives represented jn this plan 
span both East (and West) AEP zones, this Summary Exhibit 5 includes estimates for such projects 
over the entire AEP System. 

Summary Exhibii 5 

AEP Systsrn 
2010 IW Cycle 

Major Envimnmontal E N o w  Goneration 

Source: AEP Resource PIamzing 

It is important to reiterate the capital spend level reflected on the Summary Exhibit 5 is 
‘”incremental” in that it does not include “Base’lbusiness-as-usual capital expenditure requirements of 
the generation facilities or transmission and distribution capital requirements. Achieving this 
additional level of expenditure will therefore be 8 significaot challenge going-forward and would 
suggest the Plan itself will remain under constant evuliralion and is stdbjecf to change as, particularly, 
AEP’ s system-wide and operating company-specific “Capital Allocation” processes continue to be 
refined. Also, while the spend level includes cost to install Carbon Capture equipment, these projecrS 
are included & under the assumption that any comprehensive GHG/C02 bill requiring significant 
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reductions in GO2 emissions will include a provision to receive credits or allowances that would 
largely offset the cost of such equipment. 

Conclusions 
The recommended AEP-East capacity resource plan reflected on Summary Exhibit 4 provides 

the lowest reasonable cost solution throuph a combination of traditional SUDD~V, renawable and 
demand-side resources. The most recent (April 2010) ‘?tempered” load growth, combined with the 
completion of the Dresden natural gas-combined cycle facility, additional renewable resources, 
increased DRRE initiatives, and the proposed capacity uprate of the Cook Nuclear facility allow 
AEP-East region to meet its reserve requirements until the 2018-2019 timeframe, at which point 
modeling indicates new peaking capacity will be required. Other than the aforementioned D.C. Cook 
uprate, no new baseload capacity is required over the IO-year Planning Period. 

The Plan also positions the AEP-East Operating Companies to achieve legislative or regulatory 
mandated state renewable portfolio standards and energy efficiency requirements, and sets m place 
the framework to meet potential C02 reduction targets and emerging U.S. EPA rulemaking around 
HAPS and CCR at the intended least reasonable cost to its customers. 

The resource planning process is becoming increasingly complex given these uncertainties as 
well as spiraling technological advancements, changing economic and other energy supply 
hndannentals, uncertainty around demand and energy usage patterns as well as customer acceptance 
for embracing efXiciency initiatives, All of these uncertainties necessitate flexibility in any on-going 
plan. Moreover, the ability to invest in capital-intensive infrastructure is increasingly challenged in 
light of current economic conditions, ‘and the impact on the AEP-East Operating Companies’ 
customer costs-of-service/rates will continue to be a primary planning consideration. 

Other than those initiatives that fit11 within some necessary “actionable” period over the next 2-3 
years, this long-term Plan is also not a commitment to a specific course of action, since the fbture, 
now more than ever before, is highly uncertain, particularly in light of the current econumic 
conditions, the movement towards increasing use of renewable generation and end-use efficiency, as 
well as legislative and regulated proposals to control greenhouse gases and numerous other hazardous 
pollutants. .. all of which will likely result in either the retirement or costly retrofitting of all existing 
AEP-East coal units. 

Finally, bear in mind that the planning process is a continuous activity; assumptions and plans 
are continually reviewed as new information becomes available and modified as appropriate. Indeed, 
the resource expansion plan reported here reflects, to a large extent, assumptions that are clearly 
subject to change. In summary, it represents a very reasonable “snapshot” of future requirements at 
this particular point in time. 
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1.0 Introduction and Planning Issues 
This report documents the processes and assumptions required to develop tha recommended 

integrated resomce plan (IRP or the “Plan’7 for the AEP-East Sy stem. The IRP process consists of the 
following steps: 

Describe the company, the resource planning process in general (Section 1). 
Describe the implications of current issues as they relate to resource planning (Section 2). 
Identify w e n t  supply resources, including projected chauges to tbwresources (e.& 
de-rates or retirements), and transmission system integration issues (Section 3). 
Provide projected growth in demand and energy which serves as the underpinning of the 
plan (Section 4). 

Combine these two projected states (resources versus demand) to identify the need to be 
filled (Section 5). 
Describe the analysis and assumptions that will be used to develop the plan such as future 
resource options (Section 6), evaluation of demand side measures (Section 7), and 
fundamental modcliog parameters (Section 8). 

Perfom resource modeling and use the results to develop portfolios, including the 
selection of the ultimate “Hybrid Plan” (Section 9). 
Utilize risk analysis techniques on selected portfolios (Section 10). 
Present the findings and recommendations, plan implementation and, finally, plan 
implications on AEP East operating companies (Sections 11 and 12). 

1.1 IRP Process Overview 

This report presents the results of the IRP analysis for the AEP East (PJM) zone of the AEP 
System, covering the ten year period 201 1-2020 (Planning Period), with additional planning modeling 
and studies conducted through the year 2030 (extended Study Period}. The information presented in 
this IRP includes descriptions of assumptions, study parameters, methodologies, and results including 
the integration of supply and demand side resources. 

In addition to the need to set forth a long-term strategy for achieving regional reliabilitylreserve 

0 Capital Expenditure Requirements 
margin requirements, capacity resource planning is critical to AEP due to its impact on: 

Rate Case Planning 
Integration with other Strategic Business Initiatives e.g., corporate sustainability goals, 
environmental compliance, transmission planning, etc 

The IRP process is displayed graphically in Exhibit 1-1. 

1 
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Exhibit 1-1: IRP Process Overview 
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1.2 Introduction to AEP 

AEP, with more than five million American customers and serving parts of 11 states, is one of 
the country’s largest investor-owned utilities. The service temtory covers 197,500 square inilcs in 
Arkansas, Indiana, Kentucky, Louisiam, Michigan, Ohio, Oklahoma, Tennessee, Texas, Virginia and 
West Virgiuia (see Exhibit 1-2). 

Exhibit 1-2: AEP S’ste~tz, Eust arid West Zories 

Sozwce: AEP Internal Communications 

AEP owns and/or operates 80 generating stations in the United States, with a capacity of 
approximalely 38,000 megawatts. AEP’s customers are served by one of the world’s largest 
trausmission and distribution systems. Systein-wjde there are more than 39,000 circuit miles of 
transmission lines a id  more than 2 14,000 miles of distribution lines. 

AEP’s operating companies are managed in two geographic zones: Its eastern zone, comprising 
Indiana Michigan Power Company (I&M), Kentucky Power Company (KPCo), Ohio Power 
Company (OPCo), Columbus Southern Power Company (CSP), Appalachian Power Company 
(APCo), Kingsport Power Company ( K g P ) ,  and Whccling Powcr Company tWpCo); and its westeni 
zone, wl?icli, for resource planning purposes within the Southwest Power Pool (SPP), comprises the 
Public Service Company of Oklahoma (PSO) and Southwestern Electric Power Company 
(SWEPCO).4 CSP itrid OPCo operate as a single business unit called AEP-Ohio. 

Both KgP and WPCo are non-generating companies purchasing all power and energy under FERC-approved 
wholcsale contracts with affiliates APCo and OPCo, respectively. AEP also has two operating companies that 
reside in the Electric Reliabilily Council of Texas (ERCOT), AEP Texas North Company (TNC) and Texas 
Central Company (TCC). These companies are essentially “wires” companies only, as neither owns nor 
operates tcguIated generating assets within ERCOT. , 
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Other than a disc.ussion of the requirements of the FERC-approved AEP System ;Integration 
Agreement (SIA), this document will only address 2010 resource planning for the AEP-East zone. 
Planning for affiliates PSO and SWEPCO operating hi SPP will be communicated in a separate IRP 
document. 

1.2.1 AEP-East Zone-PJM: 

AEP’s eastern zone (“AEP-East” or “AEP-PJM”) operating companies collectively serve a 
population of about 7.2 million (3.26 million retail customers) in a 41,000 square-mile area in parts of 
Indiana, Kentucky, Michigan, Ohio, Tennessee, Virginia, and West Virginia. The internal (native) 
customer base is fairly diversified. In 2009, residential, commercial, and industrial customers 
accounted For 28.4%, 22.2%, and 35.9%, respectively, of AEP-East’s total internal energy 
requirements of 130,519 GWh. The remaining 13.5% was supplied for street and highway lighting, 
firm wholesale customers, and to supply line and other transmission and distribution equipment 
losses. 

AEP-East experienced its historic peak internal demand of 22,411 MW on August 8,2007. The 
historic winter peak internal demand, 22,270 MW, was experienced on January 16, 2009. AEP-East 
reached its all-time peak total demand of 26,467 MW, including sales to nonaffiliated power system, 
on August 21,2003. 

1.2.2 AEP-East Pool 

The 1951 AEP Interconnection Agreement (AEP Pool) was established to obtain efficient and 
coordinated expansion and operation of electric power facilities in its eastern zone. This includes the 
coordinated and integrated determination of load and peak demand obligations far each of the 
member companies. Further, member companies are expected to “rectify or alleviate” any relative 
capacity deficits of an extended nature to maintain an “equalization” over time. As such, capacity 
planning is performed on an AEP-East integrated basis, witb capacity assignments made to the pool 
members based on their relative deficiency within the Pool. 

1.2.3 AEP System Interchange Agreement (East and West) 

The 2000 System Interchange Agreement (SA) among AEPSC - as agent for the AEP-East 
operating companies, and Central and Southwest Services, Inc. (CSW) - including the AEP-West 
companies - was designed to operate as an umbrella agreement between the FERC-approved 1997 
Restated and Amended CSW Operating Agreement for its western (former CSW) operating 
companies and the FERC-approved 1951 AEP Interconnection Agreement for its eastern operating 
companies. The SIA provides for the integration and coordination of AEP’s eastern and western 
companies’ zones. In that regard, the SIA provides for the transfer of capacity and en- between 
the AEP-East zone and the AEP-West mne under certain conditions. Since the inceptiomof the SLA, 
AEP has continued to reserve annually, the transmission rights associated with a prescribed (up to) 
250 MW of capacity from the AEP-East zone to the AEP-West zone. 

. I  
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1.3 Commodity Pricing 

AEP updates its commodities forecast twice each year. The Fall of 2009 forecast (2H09 
Forecast) was used a5 the basis for resource modeling in this IRP. After comparing the 2H09 Forecast 
to the subsequent tong term forecast prepared in the Spring of 2010 ( l H l 0  Forecast), as shown in 
Exbibit 1-3, it was apparent that the effects of the revised pricing estimates were not significant in 
determining future resource additions and did Bot w m i t  a new resource evaluation. 

Exhtbbit 1-3 Comparison of 21109 and 1HlO Comnodity Forecasts 
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2.0 Industry Issues and Their Implications 

2.1 Environmental Rulemakings and Legislation 

This 201 0 IRP considered existing and potential U. S. Environmental Protection Agency @PA) 
i-ulemakings as well as proposed legislation controlling C02 emissions. Emission compliance 
requirements have a major influence on the consideration of supply-side resources for inclusion in the 
IRP because of their potential significant effects on both capital and operational costs. The 
cumulative cost of complying with these rules could ultimately have an impact on proposed 
retirement dates of any currently non-retrofitted coal and lignite units. 

2.1.1 Mercury and Hazardous Air Pollutants Regulation 

The Clem Air Mercury Rule (CAMR) was issued by the US. EPA in May 2005. The rule 
instituted a cap-and-trade program to limit emissions of mercury horn coal-fired power plants across 
the United States. The CAMR required coal-fired power plants to begin monitoring mercury 
emissions on January lst, 2009, with cap and trade emission reductions required beginning on 
January lst, 2010. However, the CAMR was appealed by various entities, and in February 2008 the 
United States Court of Appeals for the District of Columbia Circuit issued a decision vacating the 
CAMR. 

With the vacatur of CAMR and the completion of the appeals process, the U.S. EPA has 
announced its intent to develop a new regulatory program for mercury emissions and otber Hazardous 
Air Pollutants, including, among others, arsenic, selenium, lead, cadmium and various acid gases 
(collectively r‘HAps” or “HAPs rulemaking”) under the Maximum Achievable Control Technology 
(MACT) provision of the Clean Air Act. A MACT rule far HAPS will establisb regulations that are 
“command and control”; meaning that it will not be a cap-and-trade program and that unit specific 
controls or emission rates will need to be met. The EPA has set a deadline for a proposed NACT rule 
to be issued for public review and comment in March 20 1 1 and a fmal rule to be issued in November 
201 1. This rule is expected to take effect as early as December 2015. However, the MACT standards 
for HAPs has not been established, and the requirements for each unit will not be tentatively known 
until a proposed rule is issued and will not be definitively known until a final rule is issued late next 
year. 

Although not definitively known, AEP Engineering Project and Field Services (EP&FS) and 
AEP Environmental Services attempted to identify reasonable proxies for NACT at each AEP coal 
unit. For the most part, some combination of Flue Gas Desulphurization (FGD) and Selective 
Catalytic Reduction (SCR), or Activated Carbon Injection (ACI) with fabric filter fugitive dust 
collection systems would likely be required for compliance. 

2.1.2 Coal Combustion Residuals (CCR) Regulation 

CCRs are the materials that result fkoin combusting coal, and can include bottom ash, fly ash, 
Currently CCRs are and byproduct created from FGD systems capturing SO2 from flue gas. - 
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classified as non-hazardous waste. Disposal of these materials is currently regulated at the state level. 
However, the US. EPA is developing a new regulatory program that will move regulation to the 
Federal level to ensure greater consistency across the country on disposal practices. A draft CCR 
disposal rule was issued in mid-2010. A final nile is expected in roughly a year, or mid-2011. The 
EPA has indicated it may regulate disposal of these materials as a special class of non-hazardous 
waste, or potentially as a hazardous waste. Either approach will result in rnore restrictive disposal 
requirements than currently exist. 

2.1.3 Transport Rule 

On July 6, 2010 thc U.S. EPA proposed a Transport Rule to replace the 2005 Clean Air 
Interstate Rule (CAIR) which was vacated in 2008 by the US. Court of Appeals for the District of 
Columbia. The Transport Rule will require 31 states and the District of Columbia to reduce power 
plant emissions of sulfur dioxide (SO,) and oxides of nitrogen (NOx). The emission reductions will 
be state specific with limited allowance trading o p p ~ t t ~ ~ i t y ,  and will become effective at an 
intermediate level in 2012, then at a final, more restrictive level in 2014. The emission reductions will 
be relative to a 2005 base year level. Each state will be required to develop source (plant) specific 
targels. 

Once the Transport Rule is finalized and source specific targets are communicated, m action 
plan can be established to comply with this requirement. AEP’s expectation is that thts rule may 
influence the timing of certain FGD retrofits, plant operations, and/or unit retirements. However, 
given that AEP must operate within a previously established New Source Review (NSR) Consent 
Decree “cap” for NOx and SOz, and also retrofits or retire certain units by specific dates, the 
incremental Transport Rule compliance measures are not expected to significantly change the 
resource plan establislicd in this report. 

2.1.4 New Source Review-Xonsent Decree, 

In December, 2007 AEP entered into a settlement of outstanding litigation around NSR 
compliance. Under the terms of the settlement, AEP will complete its environmental retmfit program 
on its operated Eastern units, operate those units under a declining annual cap on total Sa and N% 
emissions and install additional control technologies at certain units. The most significant additional 
control projects involve installing FGD and SCR systems at nine AEP-East coal fired units (Amos 1- 
3, Big Sandy 2, Cardinal I, Conesville 4, Muskingun River 5 and Rockport 1 and 2) oves an I1 year 
period beginning in 2009. 

2.1.5 Carbon and Greenhouse Gas (CHG) Legislation 

The electric utility industry, as a major producer of C@, will be significantly affected by any 
GHG legislation. The push towards federal climate change legislation is Continuing within Congress. 
The Waxman-Markey “American Climate and Energy Security Act of 2009” was approved by the 
House of Representatives in June 2009, but was not followed up with comparable legislation being 

- 
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approved by the US. Senate. In December 2009 the U. S. EPA issued a finding that GHG from. 
industry, vehicles, and other sources represent a threat to human health and the environment. In June 
2010 the Seuate voted 5 3 4 7  to reject an attempt lo block the U.S. EPA from imposiug new Limits on 
carbon emissions. This defeat is seen as providing momentum to climate legislation efforts. Climate 
change legislation currently in the U.3, Senate is being sponsored by Senators Kerry a d  Lieberman. 
In most respects this draft legislation comports w i ~  the cap-and-trade provisions of the Waxman- 
Markey Bill. 

With climate legislation on the horizon, the Company has embarked on an initiative to advance 
carbon capture technology to a commercial scale. In March 2007, AEP signed agreements with 
world-renowned technology providers for carbon capture and storage. A “product validation facility” 
has been constructed at the Mountaineer Plant in West Virginia and successfully began operation in 
the fall of 2009. 

The carbon capture and storage equipment (CCS) operating on AEP’s 1,300 h4W Mountaineer 
Plant is a 20 W (electric) product validation. It is designed to capture approximately 100,000 
metrjc tons of CO2 per year over a four to five year period; the CO2 is being stored &I deep geologic 
reservoirs. AEP now plans to scale up the Mountaineer Chilled Ammonia Process (CAP) to capture 
C02 from a 235 MWe slip stream and has been awarded $336 million in bdiag  from the US. 
Department of Energy. The expectation is for the commercial scale technology project to have a 90% 
capture rate of approximately 1.5 million tons of COZ per year and be online in 20 15. 

Utility applications of CCS technologies continue to be developed and tested, and as such are 
not yet commercially available on a large scale. However, given the focus on the advancement and 
associated cost reduction of such technologies, it is likely to become both available a d  cost-ef€ective 
at some point over the IRP’s longer-tm planning horizon (through 2030). However, this is very 
dependent on the type of federal climate legislation that is passed and the degree to which there is 
financial support for CCS technology in such legislation. Assuming carbon capture and storage 
becomes commercially viable weight must be given to the options (and generating facilities) that are 
most readily adaptable to this technology 

2.2 Additional Implications of Environmental Legislation - Unit Disposition Analysis 

An AEP-East unit disposition study was undertaken by an 1RP Unit Disposition evaluation team 
involving numerous AEP functional disciplines including: Fossil & Hydro Operations, Engineering, 
Project & Field Services (EPkFS), Environmental Services, Fuel Emissions Logistics (FEL), 
Commercial Operations, Transmission Planning, and Resource Planning. This fourth quarter 2009 
effort was a follow-up to earlier studies that have been performed annually since 2005. As before, the 
team’s primary intent was to assess the relative composition and timing of potential unit retirements. 
As in previous reviews, the initial focus was on the older-vintage, less-efficient, uncontrolled coal 
units in the AEP-East fleet. Factors including PJM operational flexibility, emerging d t  liabilities, 
and worldorce/community factors were considered when recommmding the relative profile of 
potential unit retirements. In this 2010 TRP cycle review the team also considered the implications of 
the potential (dispatch) cost impacts associated with C@ emissions, as well as cost to comply with 
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assumed emerging HAPS and CCR rulemaking on, particularly, the relatively newer and reasonably- 
thermally efficient  inc controlled super-critical coal units operating in the AEP-East fleet. 

For instance, according to the AEP Environmental Services group, such federal rulemaking for 
HAPS could become effective by as early as the end of 2015 when a “command-and-control” policy 
could require all US.  coal and lignite units to install mercury and heavy metals/toxins control 
technologies including (combined) FGD, SCR, as well as, potentially, ACI with fabric filter 
emissions control equipment. New rules on the handling and disposal of CCRs could likewise be 
implemented as early as 201 7, requiring additional investment in the coal fleet to convert ”wet” fly 
ash and bottom ash disposal equipment and systems - including attendant landfills and ponds - to 
“dry” systems. The cumulative cost of complying with these rules will most certainly require 
additional analysis and may have an impact on proposed retirement dates of any m e n t l y  non- 
retrofitted coal unit. 

It should be noted that the conclusions of this updated unit disposition study are for the 
cxprcssed purpose of performing this overall long-term IRP analysis and reflect oa-going and 
evolving disposition assessments. From a capacity perspective, no formal deciiions have been 
made ivitlr respect to specific timing of any srrch unit retirements, except as identij?ed in the NSR 
Consent Decree slipulations. These disposition analyses and renderings are deemed necessary so hat 
the prospecfs for any ultimate decisions can be integrated into a capacity replacement plan in a way 
that is ratable and practical. 

2.3 Renewable Portfolio Standards 

As identified in Exhibit 2-1, 29 states and the District of Columbia have set standards 
specifying that electric utilities generate a certain amount of electricity .from renewable sources. 
Seven other states have established renewable energy goals. Most of these requiremmts take the 
form of “renewable portfolio standards,” or RPS, which require a certain percentage of a utility 
energy sales to ultimate customers come from renewable generation sources by a given date. The 
standards range from modest to ambitious, and definitions of renewable energy vary. Though climate 
change may not always be the primary motivation behind some of these standards, the use of 
renewable energy does deliver significant GHG reductions. For instance, Texas is expected to avoid 
3.3 million tons of C 0 2  emissions annually witb its RPS, which requires 2,000 MW of new renewable 
generation by 2009. 

At the federal level, an RPS ranging from 10-20% was proposed for inclusion in’ the Energy 
Jndependence and Security Act of 2007; but the final bill as passed into law did not contain an FWS. 
However, a combined federal renewable energy standard (RES) and energy efficiency standard (EES) 
of 20% by 2020 was adopted as part of the Waxman-Markey bill passed by the House. The Senate 
passed out of Committee a cornbiued 15% RESEES by 2021 and is also considering the House 
legislation. However, on July 27, 2010 Senate Majority Leader Harry Reid introduced a modest 
package of draft energy legislation which did not include a renewable standard. Therefore, there is 
only a slight possibility of passage of a federal RPS in 2010, with much improved likelihood in 201 1. 

10 
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2.3.1 implication of Renewable Portfolio Standards on the AEP-East TRP 

IZcnewablc Poitfolio Standards aud goals have been enactcd in wcll over half o r  the slates in the 
Adoption of further RPS at the state level or thc U.S and o ~ e r  two-thirds of thc PJM slatcs. 
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enactment of Federal carbon limitations and/or an RPS will impose the need for adding more 
renewables resulting in a significant increase in investments across the renewable resource industry. 

Wind is currently one of the most viable large-scale renewable technologies and has been added 
to utility portfolios mainly via long-term power purchase agreements (PPA}. Recently, many lOUs 
have begun to add wind projects to their generation portfolios. The best sites in terms of wind 
resource and transmission are rapidly being secured by developers. Further, while an extension of the 
Federal Production Tax Credit (PTC) and investment tax credits (ITC) for wind projects - to the end 
of 2012 - was enacted in February 2009, it may not be extended further as the implementation of 
federal carbon or renewable standards is expected to make unnecessary the development incentive 
provided by the PTC/ITC. Acquiring this renewable energy and/or the associated Renewable Energy 
CrediclCertificate ( E C )  sooner knits the risk of increased cost that comes with waiting for further 
legislative clarity nationally or in the AEP states, combined with the likely expiration of these federal 
incentives. AEP has experienced, however, that regulators in states without mandatory standards are 
reluctant to approve PPAs that result in increased costs to their ratepayers. By the end of.2010 AEP 
operating companies I&M, APCo, and AEP-Ohio (CSP & DPCo) will be receiving energy from at 
least 9 wind contracts and 1 solar project, with total nameplate ratings of 636 MW. Exbiblt 2-2 
summarizes the AEP-East Zone's renewable plan, by operating company. 

! 

I 

12 
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Exbibif 2-2: Renewubie Energy Plan Thrortgh 2030 

Source: AJ5P Resource Planning 
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2.3.2 Ohio Renewable Portfolio Standards 

Ohio Substitute SB 221 Alternative Energy requires that 25% of the reEd energy sold in Ohio 
come from “Alternative Energy” sources by 2025. Alternative Energy consists of two main 
constituents, Advanced Energy and Renewable Energy. Advanced Energy includes distributed 
generation, clean-coal technology, advanced nuclear technology, advanced solid-waste conversion, 
plant efficiency improvements and demand-side management/energy efficiency above the levels 
mandated in the energy efficiency and Renewable Ene rg  provisions. Renewable Energy includes 
solar (photovoltaic or thermal), wind, incremental hydro, geothermal, solid-waste decomposition, 
biomass, biologically-derived methane, fuel cells, and storage resources. 

At least one-half of the Alternative Energy mandate must be met with renewable resources by 2025. 
Advanced Energy must provide tbe balance of the 25 percent goal not attained with Renewable 
Energy. There is 3 further sub-requirement that solar constitute at least 0.5 percent of retail sales by 
that date, and that at least half the renewable resources be from sites located in the State of Ohio. 
Compliance may be satisfied with the purchase of Renewable Energy Certificates {REC), There are 
annual benchmark requirements, which began in 2009, for the Renewable and Solar requirement and 
sub-requirement, respectively. Exhibit 2-3 sbows the results of the current plan for AEP-Ohio in 
meeting the renewable energy requirements. 

Exhibit 2-3: Ohw Renewable Energy Requirement and PEan 

AEP-Ohio Renewables Requirement and Plan 

Full Solar Solar Total Total 
Year Benchmark Plan Benchmark Plan - 

Pet GWh GWh Pct GWh -GWh 
201 0 
201 1 
201 2 
201 3 
2014 
2015 
201 6 
201 7 
201 8 
2019 
2020 
2021 
2022 
2023 
2024 
2025 

0.01 0% 
0.030% 
0.060% 
0.090% 
0.120% 
0.150% 
0.180% 
0.220% 
O.26O0h 
0.300% 
0.340% 
0.380% 
0.420% 
0.460% 
0.500% 
0.500% 

4 
13 
26 
40 
54 
68 
82 
100 
118 
136 
154 
171 

205 
223 
223 

i 88 

0 
26 
37 
48 
76 
104 
132 
160 
188 
21 6 
245 
278 
326 
326 
374 
374 

0.50% 223 
1.00% 440 
1.50% 657 
2.00Yo 896 
2.50% 1,130 
3.50% 1,592 
4.50% 2,048 
5.50% 2,498 
6.50% 2,945 
7.50% 3,393 
8.50% 3,839 
9.50‘%0 4.274 
10.50% 4.700 
22.50% 5,226 
12.50% 5,563 
’12.50% 5,567 

303 
498 
796 
951 

1,512 
1,827 
2,403 
2,862 
3,804 
4,119 
4,578 
4,996 
5,236 
5,810 
6,145 
6,432 

Note: (ZOOBROlO) Benchrreks (wadwill be)mslwilh bdh Purchased and Plan REGS 

Soztrce: AEP Resource Planning 

14 



SUPPLEMENTAL Appendix 2 
Page 39 of 169 

AEP-East 2010 Integrated Resource Plan . . .  . .-..*...._ “ .___I___- . . . . ._ . - , . . . .  ~ ...._..- 

2.3.3 Michigan Clean, Renewable, and Efficient Energy Act 

Michigan’s “Clean, Renewable, and Efficient Energy Act” (2008 PA 295) requires that 10 percent 
of retail sales be met ftom renewable resources by the year 2015. The initial requirement is for 2012 
and the percentage ramps up over the next three years as shown in Exhibit 2-4. New sources must be 
within Michigan or in the retail service territory of the provider, outside of Michigan. Credit is given 
for existing sources, such a5 I&M’s hydroelectric plants. Renewable Energy Credits wiu have a three- 
year life in Michigan. 

Exhihit 2-4: AEP I&M-Michigan Renewable Requirement and Plan 

Source: AEP Resource Planning 

2.3.4 Virginia Voluntary Renewable Portfolio Standard 

Virginia Code section 56-535.2 creates incentives for utilities to meet volurvtary renewable 
energy goals. The basis of the goals is energy sales in 2007 less energy provided by nuclear plants. 
The goals are 4% of that sales figure in 2010,7% by 2016,12% by 2022, and 15% by 2025. Double 
credit is given for energy ftom solar or wind projects. Including the projects in the current plan along 
with existing run-of-river hydroelectric plants, APCo should have sufficient credits required to meet 
the voluntary goals for each year of the Planning Period even though the Virginia Stste Corporation 
Commission denied the Company’s request for recovery of Virginia share of costs associated with its 
three most recent wind purchased power agreements totaling 201 Mw (90 M W  net). 

I&M Michigan Renewables Requirement and Plan 

Total Existing 
Renewable Hydro 

Full Renewable 

Year Benchmark Energy Plan Credits 

2010 
201 I 
2012 
2013 
201 4 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 

Pct GWh 
0.0% 0 
0.0% 0 
2.0% 59 
3.3% 99 
5.0% 148 
10.0% 296 
10.0% 295 
10.0% 295 
10.0% 295 
10.0% 296 

10.0% 299 
10.0% 300 
10.0% 302 
10.0% 303 
10.0% 305 

10.0% 298 

GWh 
0 
0 
70 
93 
161 
293 
293 
293 
293 
293 

, 293 
315 
315 
315 
397 
41 9 

GWh 
0 
0 
17 
17 
17 
17 
17 
17 
17 
17 
17 
17 
17 
17 
17 
17 

- 
GWh 

0 
0 

88 
110 
I 78 
31 0 
31 0 
31 0 
31 0 
31 0 
31 0 
332 
332 
332 
41 4 
436 
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2.3.5 West Virginia Alternative and Renewable Energy Portfolio Standard 

The West Virginia Alternative and Renewable Energy Portfolio Standard act was passed in the 
2009 session of the West Virginia Legislature (SB297). Since its initial passage it has been amended 
three separate times, once apparently by a transcription error. The act requires that as of January 1, 
2015 electric utilities (an electric distribution company or electric generation supplier who sells 
electricity to rctail customers in West Virginia) must own “credits” equal to a certain percentage of 
the electric energy sold to customers in West Virginia in the previous year. For 2015 to 2019 the 
credits must equal 10 percent of the previous year’s sales. For 2020 to 2024, the credits must equal 
15 percent and after January I ,  2025 the credits must equal 25 percent. The requirements apparently 
sunset on June 30,2026 as the result of a section added &om one of the amendments. 

Credits can be earned by either the utilization of an “alternative energy resource,” a ‘’renewable 
energy resource” or the employment of an “energy efficiency or demand-side energy initiative 
projectyy or a “Greenhouse gas emission reduction or offset project.” The act carries specific 
definitions and sub-characterizations related to each of these categories. 

2.4 Energy Efficiency Mandates 

The Ensrgy Independence and Security Act of 2007 (“EISA”) requues, among other things, a 
phase-in of lighting efftciency standards, appliance standards, and building codes. The increased 
staudards will have a discemable effect on energy consumption. Additionally, mandated levels of 
demand reduction and/or energy efficiency attainment, subject to cost effectiveness criteria, ate in 
place in Ohio, Indiana and Michigan in the AD-East Zone. Tbe Ohio standard, if cost-effective 
criteria are met, will result in installed energy efficiency measures equal to over 20 percent of all 
energy otherwise supplied by 2025. Indiana’s standard achieves installed energy efficiency 
reductions of 13.90% by 2020 while Michigan’s standard achieves 10.55%. Virginia has a voluntary 
10% by 2020 target, while West Virginia allows energy efficiency to count towards its renewable 
standard. No mandate currently exists in Kentucky, however KPCo has offered DREE program to 
customers since the mid-1990’s. 

2.4.1 Implication of Efficiency Mandates: Demand ResponseEnergy Efficiency @ME) 
The AEP System (East and West zones) has internally committed to systern-wide peak demand 

reductions of 1,000 MW by yearend 2012 and energy reductions of 2,250 GWh, approximately 60- 
65% of which is in the AEP-East zone. Concurrently, several states served by the AEP System have 
mandated levels of efficiency and demand reduction. Within the AEP-East zone, Ohio and Michigan 
have statutory bcnchmarks which took effect in 2009. As a result of the DSM generic case in Indiana, 
regulatory benchmarks have been put into effect beginning in 2010 for Indiana, In lieu of mandates 
or benchmarks, stakeholders expect realistic levels of cost-effective dernand-side measures to be 
employed. While this IRP establishes a method for obtaining an estimate of DWEE that is reasonable 
to expect for the zone, as a whole; the ratemaking process in the individual states will ultimately 
sliapc the amount and timing of QR/EE investment. 

16 
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2.4.2 Ohio Energy Efflclency Requirements 

Energy Efficiency must produce prescribed reductions in energy usage tbat cumulatively add 
to 22.2 percent of annual retail energy sold by the year 2025. Additionally, peak demand must be 
rcduced 7.75 percent by 2018, Annual Energy Efficiency and Demand Response benchmark goals 
have been in-place since 2009. 

2.4.3 Transmission and Distribution Efflcieneies 

The IRP also takes into account other technology initiatives designed to improve the efficiency 
of thc AEP energy delivery and distribution systems. These initiatives include the demonstration of 
technologies for more effective integrated volt/var controls (IVVC) and community energy storage on 
the distribution system (CES) that would reduce customer usage, as well as advanced lransanission 
infrastructure technologies to reduce energy losses within the energy deiivery system. The 
transmission and distribution technology programs are designed to avoid m defer the need for 
infrastructure and reduce emissions by avoiding energy usage and energy lost in the transmission and 
distribution of energy to ultimate AEP customers. 

2.5 Lssues Summary 

Thc increasing number of variables and their uncertainty has added to the complexity of 
producing an integrated resource plan. No longer are the variables merely the cost to buiId and 
operate the generation, a forecast of what had traditionally been stable fuel pries and growth in 
demand over timc. Volatile fuel prices and uncertainty surrounding the economy and environmental 
legislation require that the process used to determine the traditional “supply and demand” elements of 
a resource plan is suEciently flexible to incorporate more subjective criteria. The introduction of a 
cap-and-trade system around COz and high capital construction costs weigh unfavorably on solid-fbel 
options, but conclusions must be metered witb the knowledge that there is a great deal of uncertainty. 

One way of dealing with uncertainty is to maintain optionality, That is, if there exists the 
potential for very expensive carbon legislation, one might favor a solution that minimizes carbon 
emissions, even if that solution is not the least expensive. Likewise, while there may not yet be a 
national RPS, procuring or adding wind generation resources now will put a company ahead of the 
game if one does come to pass. In this way, the company is trading future uncertainty for a known 
cost. Lastly, adding diversity to the generating portfolio reduces the risk of the overall portfolio. 
That may not be the least expensive option in a “base” (or most probable) case, but it minimizes 
exposure to adverse future events and could reduce the ultimate cost of compliance if the resultant 
demand for renewable resources continues to grow, outpacing the supplier resource base. 

17 
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Nuclear 

GaslDiesel 
Wind 

Hydro 

AMERICAN’ 
ELECTRHF 
POWER 

2,115 7% 2,029 2,029 
745 3% 680 948 

3,186 11% 2,865 3,256 
71 8 2% 80 48 

3.0 Current Supply Resources 

requirements. This “needs” assessment must consider projections of: 
The initial step in the IW process is the demonstration of the region-specific capacity resource 

Existing capacity rcsources-current levels and anticipated changes 
Changes in capability due to efficiency and/or environmental retrofit projects 
Changes resulting from decisions surroundiag unit disposition evaluations 
Regional capacity and transmission constraintsllimitations 
Load ‘md (peak) demand (see Section 4.2) 
Cuirent DWEE impacts (see Section 4.3) 

RTO-specific capacity reserve margin criteria (see Section 5.1) 

I, 

In addition to the establishment of the absolute annual capacity position, an additional “need” to 
be discussed in this section will be a determination of the specific operational expectation (duty type) 
of generating capacity-baseload vs. intermediate vs. peaking. 

3.1 Existing AEP Generation Resources 

Exhibit 3-1 offers a summary of ail supply resources for the AEP-East zone (with detail 
appear& in Appendix A)- The current (June 1, 2010) AEP-East summer supply of 27,810 MNiT is 
composed of the following resource components (the coal resources include AEP’s share of OVEC): 

Exhibit 3-1: AEP-East CapaciQ (Summer) as of June 2010 
Supply Resource Nameplate (Winter) Rating Summer Rating PJM UCAP 

MW % of Total NIW MW 
22,385 77%1 1 22,1521 -1 

I Solar I 1  10 O%l 4 1  1 01 
Total 29,159 100% 27,810 28.417 

Source: AEP Resource Planning 

3.2 Capacity Impacts of Generation Efficiency Projects 

As detailed in Appendix B, the capability forecast of the exlisting AEP-East generating fleet 
reflects sevcral unit up-ratings over the IRP period, largely associated with various turbine efficiency 
upgrade projects planned by AEP-EP&FS for selected 1,300 and 800 MW-series coal-steam turbine 
genetating units. Additionally, AEP continues to work towards improving heat rates of its generating 
fleet. Such improvements, while not necessarily increasing capacity, do improve fuel efficiency. 

19 
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3.2.1 D. C. Cook Nuclear Plant (Cook) Extended Power Uprating @PU) 

A change which is included hi Appendix B but which is reflected in the 2010 Plan is a 
strategic project that will increase the generating capability of Cook Units 1 and 2. Implemented in 
conjunction with a series of plant modifications tied to NRC relicensing requirements to improve 
design and operating margins and to address component aging issues, a net capacity increase of more 
than 400 MWe &om the two units appears technically and economically achievable. Three 
interrelated issues challenge the continued economic performance of Cook: 

1 .  Design and operating margins of some systems, structures, and components (SSCs) are 
lower than desirable and should be enhanced to support improved operationd flexibility 
and satisfy regulatory expectations. 

2. Many SSCs will reach end-of-life prior to expiration of the extended Nuclear 
Regulatory Commission plant license and need to be replaced to maintain margins and 
allow continued plant operation. 

3. Thc Nuclear Steam Supply Systems for Cook-1 and Cook-:! were designed and built 
with substantial conservatism to allow uprating, but with the exception of mitior Margin 
Recovery Uprating of about 1.7% performed on each unit, this conservatism remains 
largely untappcd. 

Consequently, the Cook Plant does not produce its maximum potential cost-effective electrical 
output. License changes and modification of selected systems and components could increase the 
capacity of both units and effectively decrease ongoing plant production costs. However, if not 
properly implemented, the analyses and modifications needed for uprating could intxoduce 
performancc or reliability concerns that would negate the value of the capacity increase. The problem 
to be addressed by the EPU Project is to integrate necessary margin improvement and on-going life 
cycle management efforts with an uprating for each Cook unit to the maximum safe and reliable 
reactor thermal powcr achievable while demonstrating and achieving cost justification of uprating on 
a life-cycle basis. 

A break even analysis performed using the Strafegist resource optimization model shows that 
the EPU Project is economical even at costs significantly exceeding the current preliminary estimates 
and as such has been “embedded” in this 2010 IW. 

3.3 Capacity Impacts of Environmental Compliance Plan 

As also detailed in Appendix B, the capability forecast of the existing generathg fleet reflects 
several unit de-ratings associated with environmental retrofits (largely scrubbers or CCS) over the 
IIW period. The net impact to existing units as a result of the p h e d  up-ratings and de-ratings is 
reflected in that appendix. 
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3.4 Existing Unit Disposition 

Another imporhit initial process within this IRP cycle was the establishment of a long-term 
view of disposition alternatives facing older coal-steam units in the east region. The Existing Unit 
Disposition identified 13 sets of aging AEP-East zone generating assets consisting of a total Of 26 
units with a summer rating of 5,343 MW. 

* 
* . . . 

Big Sandy Unit 1 (273 lww) KPCo 
Conesville Unit 3 (165 Mw) CSP 
Clinch River Units 1-3 (690 MW) APCo 
Glen Lyn Unit 5 (90 MW) APCo 
Glen Lyn Unit 6 (235 MMr) APCo 
Kammer Units 1-3 (600 Nw) OPCo 
Kanawha River Units 1 & 2 I400 MW) APCo 
Muskingum River Units 1 & 3 (395 MW) OPCo 
Muskingum River Units 2 & 4 (395 NIW) OPCo 
Picway Unit 5 (95 MW) CSP 
Sporn Units 1-4 (580 Mw) APCo (Units 1 & 3), OPCo (Units 2 & 4) 
Spoim Unit 5 (440 M W )  OPCo 
Tanners Creek Units 1-4 (985 MW) I&M 

* 
4 

* 
0 

I. 

* 
Among this group of units are several that were impacted by the Consent Decree from the settled 
Ncw Source Review litigation. These units, and the dates by which, according to the agreement, they 
must be retired, repowered, or retrofitted (€UIUR) with FGD and SCR systems, are: 

J Concsville Unit 3, by December 31,2012 
4 Muskingum River Units 1-4, by December 31,2015 
4 Sporn Unit 5, by December 31,2013 
J A total of 600 Mw from Sporn 1-4, Clinch River 1-3, Tanners Creek 1-3, or Kmnmer 1-3, by 

December 31,2018. 

In order to develop a comprehensive assessment of potential unit disposition recommendations, 
a team encompassing multiple hnctional disciplines (engineering, operations, fiels, environmental, 
and commercial operations) also sought to confm or challenge the preliminary economic findings by 
examining additional factors relevant to the wits' unique physical characteristics. A decision matrix 
was employed to assist in that assessment. Relative scores were constructed for each under the 
established criteria. Such scores were based on the analysis and professional judgment surrounding 
each unit's lmown (or anticipated) infrastructure liabilities, operational flexibility capabilities in PJM, 
as wcll as work force and socioeconomic impacts. 

.. 
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3.4.1 Findings and Recommeadations-AEP-East Units 

The Unit Disposition Working Group findiiigs are summarized here and in Exhibit 3-2. Given 
the size (over 5,000 MW) of the group of AEP-East units ‘‘fully exposed” to fume emission expenses 
for (201, possible new mercuryhazardous air pollutant and coal combustion residuals (CCR) 
rulemakings, it is practical to begin a stepped approach to their disposition-thus avoiding the need to 
build and finance multiple replacement facilities simultaneously. 

J Recognize that the retirement date represents the year that the unit is projected to no longer 
provide fm capmi@ value in PJM, however it still may provide mmm value and 
therefore operate well beyond the planned capacity retirement date. 

V‘ The initial unit retirements include onIy those R/R/R units designated in the N9R Consent 
Decree. Through 2014 this includes Sporn 5,440 MW, retiring in 2010 (R/R/R date 2013); 
Coaesville 3, 165 MW CR/R/R date 2012) and Muskingum River 2 & 4, 395 Mw (wR/R 
date 2015) retiring in 2012; and Muskingum River 1 & 3,395 MVJ (R/R/R date 2015), with 
a potential retirement date of 2014. 

J The remaining “fully exposed” units are projected to retire between 2015 and 2019, 
assuming a staggered implementation schedule for any HAPs/Mercury/CCR regulations that 
may be imposed on a unit specific basis. 

. 
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Exhibit 3-2: AEP East Fit@ Exposed Unit Dispositicm/32etkement Prom 

Source: AEP Rarource Planning 
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In addition, certain Larger, supercritical coal units which are considered "partially exposed" to 
these same potcntial regulations due to their lack of specific envkomental control equipment were 
also evaluated for possible retirement. These units include: 

* 
Big Sandy Unit 2 (800 M W ,  summer rating) KPCo - requires FGD by 2015 
Muskingum River Unit 5 (600 MW) 0x0 - requires FGD by 20 I5 
Rockport Units land 2 (261 0 MW) I&M/KPCo - requires FGD/SCR by 2017 (Unit l)/2019 
(Unit 2) 
Concsville Units 5 and 6 (CSP) (790 MW) -requires SCR by 2019 

The Resource Planning group analyzed, under two pricing scenarios, various options for each 
unit including retrofitting, retiring, or converting to gas. With the exception of Muskingum River 5,  
the decision to retrofit with the required controls represents the lowest cost for AEP-East customers. 
(See Exhibit 3-3) As with all long range planning assumptions, the decision to retrofit or retire these 
partially exposed units will be revisited in subsequent IRPs. As iules surrounding W S ,  CCR, and 
the Transport Rule are finalized, more certainty with regard to the timing and magnitude of 
incremental capital investments to comply with these regulations will certainly factor into the 
retrofitlretire decision making process. Given FGD construction lead times and the NSR Consent 
Decree stipulations, a final decision on Muskingun1 River 5 and Big Sandy 2 will be required before 
the end of 20 1 1. 
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Exhibit 3-3: Partially Exposed Unit Dispositiori Pro@? 

i 

I 

Source: AEP Resource Plannhg 
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3.4.2 Extended Start-up 

As part of AEP’s continuing effort to manage operating aud maintenance expenses, AEP-East 

! 

launched a plan to place 10 generating units - representing 1,925 megawatts (Mw) of capacity - in 
“extended startup” status €or nine months of the year. This action includes the 450-MW Unit 5 at the 
Sporn Plant. AEP had announced plans to mothball Spom 5 in April of 2009, noting that the unit has 
no PJM capacity obligations in 2010. Because Sporn 5 has no PJM capacity obligation, it Will be the 
only unit to operate in the fourday “extended startup” mode year-round. 

The plan, which took effect June 1, 2010 allows the company to re-deploy and maximize the 
productivity of employees at several coal-fired units that are projected to run less fieqwntly over the 
next few years. 

Thc units that will be placed in extended stamp status are: 
Picway Unit 5,95  MW, CSP; 
Muskingum River Unit 4,215 h4W, OPCo; 
Clinch River Unit 3,235 MW, APCo.; 
Tanners Creek Units I & 2,290 W, I&M.; 
Glen Lyn Units 5 & 6,335 Mw, APCo; 
Sporn Units 3,4 & 5,750 MW, APCO (Unit 3), OPCO (Units 4&5); and 

In extended startup mode, the affected units will remain off tine until needed to m e t  demand. 
When needed, plant staff will be able to start the affected units during a window of four days during 
the nine non-peak months of the year. In addition, Kammer Units 1-3 (OPCo) are now in a “substitute 
operation” mode, where only two units will be staffed and operating at any one time. 

. 

. . . 

3.4.3 Implications of Retirements on Black Start Plan 

The eventual retirement of Conesville 3, and in time other units such as the Muskingum River 
and Tanners Creek units, will have implications for the System’s plans for black-start capability and 
Automatic Load Rejection, which are needed to restore the system following a transmission system 
collapse. In addition, PJM rules for the provision of black-start service and NETRC Standards 
regarding the maintenance of a system restoration plan Iiave implic~tions on the planning, timing, 
announcement, etc. of the unit retirements. The AEP Generation, Transmission, and Commercial 
Operations groups have studied this issue and developed a list of recommended system restoration 
options. As the highest priority option, AEP generation engineering and Conesville plant 
management are completing control modifications and a test prognun to provide autchmatic load 
rejection capability for Conesville 5 and 6. 
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3.4.4 Applicable PJM Rules 

Black start resources maintain a rolling two-year commitment to PJM. Tbe PJh4 tariff therefore 
requires up to two years’ advance notice of retirement. 

If PJM and the Transmission Owner determine there is a need to replace the deactivating black 
start resource, PSM will seek replacement of the retiring resource as follows: 

PJM will post on-line a notification about the need for a new black start resource along with 
the location and capabiliq requirements. 
This posting opens a market window which will Last 90 calendar days. 
PJM will review each pending Generation Interconnection request, each new 
interconnection request in the market window, and each proposal ftom a black start unit to 
evaluate whether any project could meet the black start replacement criteria. 
The Transmission Owner will have the option of negotiating a cost-based, bilateral contract 
in accordance with the existing process outlined in Schedule 6A of the OATT. The 
Transmission Owner may provide an alternative as one of the bids that will be evaluated by 
PJM pending FERC approval. 
If PJM and the Transmission owner determine mx than one of the proposed projects 
meets the replacement criteria, the most cost-effective source will be chosen. 
If no projects are received during the 90-day market window, PJM and the Transmission 
Owner will revisit the defdtion of the location and capability requirements, to allow more 
resources to become viable, even if sub-optitnal. 

After PJM and the Transmission Owner identi@ the most cost-effective replacement resource, 
PJM and the Transmission Owner will coordinate with the Generation Owner for the their acceptance 
under the PJM tariff as a black start unit. 

The black start resource will be compensated for provision of black start service in accordance 
with the existing process in the PJM tariff. 

3.4.5 AEP’s Required Actions and Options 

If  AEP retires Conesville 3 in 2012, PJM must be notified in 2010. PJM will require the 
Conesville 3 black-start capability to be replaced and the Conesville 5 and 6 control system 
modifications are expected to provide for automatic load rejection capability for those units. If the 
Conesville 5 and 6 tests are successfully completed this fall, it is expected that Conesville 5 and 6 will 
be automatic load reject capable and can replace and/or augment the service previously provided by 
Conesville 3. Accordingly, AEP Generation is coordinating with AEP Transmission Operations to 
update the System Emergency Operations Plan to take this capability into account after the control 
modifications are successfully tested by year-end 2010. 

AEP and its customers will pay for the black-start service, either by providing the senice or by 
purchasing it. AE!P will continue to improve and enhance its System hergency Restoration plans to 
ensure compliance with all applicable NERC Standard protocols. 
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3.5 AEP Eastern Transmission Overview 

3.5.1 Transmission System Overview 

The eastern Transmission System (eastern zone) consists of the transmission facilities of the 
seven eastern AEP operating companies. This portion of the Transmission System is composed of 
approximately 15,000 miles of circuitry operating at or above 100 kV. The eastem mne includes 
over 2,100 miles of 765 kV overlaying 3,800 miles of 345 kV and over 8,800 miles of 138 kV. This 
expansive system allows AEP to ecououucally and reliably deliver electric power to appxhately 
24,200 MW of customer demand connected to the eastern Transmission System that takes 
transmission service under the PJM open access transmission tariff. 

The eastern Transmission System is the most integrated transmission system in the Eastern 
Interconnection and is directly connected to 18 neighboring transmission systsms at 130 
interconnection points, of which 49 are at or above 345 kV. These intercomections provide an 
electric pathway to facilitate access to off-system resources and serve as a delivery nrechdsm to 
adjacent companies. The entire eastern Transmission System is located within the RdiabilityFirsl 
(RFC) Regional Entity. On October 1, 2004, AEP’s eastern zone joined the PJM Regional 
Transmission Organization, and has been participating in the PJM markets (see Exhibit 3-4). 

Exhibit 3-4: AEP-PJM Zones and Associated Companies 

- . 

----..-___ 

IrgnM - Me~wPohDn E d w n  ~ . r m p ” l i  

mB PEW E R y l Y  c o w  

POnmyhM- Elwlna GenlprN 

mxs PuDLc69nrO.EbctrtmdQuComLurn 
I!* RDddud -c.mlpanv = Thr RyM PW W C W C o  - Mdnb SWWtUd R r n a M .  Grrltlll PDmimI u(lhl 

b I 

Source: www.pjnr.com 

3.5.2 Current System Issues 

As a result of the eastern Tmnsmission System’s geographical location and expanse as well as 
its numerous interconnections, the eastern Transmission System can be influenced by both jntcmal 
and external factors. Facility outages, load changes, or generation redispatch on neighboring 
companies’ system, in combination with power transactions across the interconnected network, c,an 
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affect power flows on AEP's transmission facilities, As a result, the eastern Transmission System is 
designcd and operated to perform adequately even with the outage of its most critical transmission 
elements or the unavailability of generation. The eastern Transmission System conforms to tke 
NERC Reliability Standards, the applicable RFC standards and performance criteria, and AEP's 
planling criteria. 

U P ' S  eastern Transnlission System assets are aging and some station equipment is obsolete. 
Therefore, io order to maintain acceptable levels of refiability, significant investments will have to be 
made over the next ten years IO proactively replace the most critical aging and obsolete equipment 
and transmission lines. 

3.5.3 PJM RTO Recent Bulk Transmission Improvements 

Despite the robust nature of the eastern Transmission System, certain &.ages coupled with 
extreme weather conditions and/or power-transfer conditions can potentially stress the system beyond 
acceptable limits. The most significant transmission enhancement to the eastern AEP Transmission 
System over the last few years was completed in 2006. This was the construction of a 90-mile 765 
kV transmission line from Wyoming Station in West Virginia to Jacksons Ferry Station in Virginia. 
Jn addition, EHVA38 kV transformer capacity has been increased at various stations across the 
castern Transmission System 

3.5.4 Impacts of Generation Changes: 

Over the years, AEP, and now PJM, entered into numerous study agreements to assess the 
unpact of the connection of potential merchant generation to the eastern Transmission System. 
Currently, there is mare than 28,000 Mw of AEP generation and over 6,000 Mw of additional 
merchant generation connected to its eastern Transmjssion System. AEP, in conjunction with PJM, 
has interconnection agreements in the AEP service territory with several merchant plant developers 
for additional generation to be connected to the eastern Transmission System over the next several 
years. There are also significant amounts of wind generation under study for potential 
interconnection. 

The integration of the merchant generation now connected to the eastern Transmission System 
required incremental transmission system upgrades, such as installation of larger capacity 
transformers and circuit breaker replacements. None of these merchant facilities required major 
transmission upgrades that significantly increased the capacity of the transmission network. Other 
transmission system enhancements will be required to match general load growth aad allow the 
connection of large load customers and any other generation facilities. In addition, transmission 
modifications may be required to address changes in power flow patterns and changes in local voltage 
profiles resutting fkom operation of the PJM and MIS0 markets. 

The retirement of Conesville units 1 and 2 in 2006 and the potential retirement of Conesville 
Unit 3 in 2012 will result in the need for power to be transmitted ova a longer distance iOt0 the 
Columbus metro area. hi addition, these retirements will result in the loss of dynamic voltage 
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regulation. Since there is very little baseload generation in central Ohio, the impact of these 
retirements could be significant. The retirement of these uni ts  requires the addition of dynamic 
reactive compensation such as a Static VAR Compensator (SVC) device, which will be added within 
the Columbus metro area in 2012. 

Within the eastern Transmission System, there are two areas in particular that could require 
significant transmission enhaucements to allow tlie reljable integration of large generatiola facilities: 

Southern Indiana-there are limited transmission facilities in southern Indiana relative to 
the AEP generation resources, and generation resources of others in the area. Significant 
generation additions to AEP's transmission facilities (or connection to neighbor's kiWes) 
will likely require significant transmission enhancements, including Extra-High Voltage 
(Em) line construction, to address thermal and stability constraints. The Joint Venture 
Pioneer Project would address m y  of these concerns. 
Megawatt Valley-the Gavin/Amos/Mountaineer/Flatlick area currently has stability 
limitations during multiple transmission outages. Multiple overlapping transmission 
outages will require the reduction of generation levels in this area to ensure continued 
reliable transmission operation, although such conditions are expected to occur iafrequently. 

' Significant generation resource additions in the Gaviu/Arnos/Mountaineer/Flatljck area will 
also influence these stabiljty constraints, requiring transmission edmncements-possibly 
iiicluding the construction of EHV lines and/or the addition of multiple large transformers- 
to more fulty integrate the transmission facilities in this generation-rich area. Thermal 
constraints will also need to be addressed. The Potomac-Appalachian Transmission 
Highline (PATH) project, which consists of a 765-kilovolt transmission line extending some 
276 miles from the Amos Substation in Putnam County, W.Va., to the proposed Kemptown 
Substation in Frederick County, Maryland, will partially mitigate these constraints. 

Furthermore, even in areas where the transmission system is robust, care must be taken in siting 
large new generating plants in order to avoid local transmission loading problems and excessive fault 
duty levels. 

0 
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4.0 Demand Projections 

4.1 Load and Demand Forecast Process Overview 

One of the most critical underpinnings of the IRP process is the projection o f  anticipated 
resource “needs,” which, in tum, centers OD the long-term forecast of load and (peak) demand. The 
AEP-East internal long-term load and peak demand forecasts were based on the AEP Economic 
Forecasting group’s load forecast completed in April 2010. AEP Economic Forecasting utilizes a 
collaborative process to develop load forecasts. Customer representatives and other opemting 
company personnel routinely provide input on customers (large customers in particular) and’ local 
economic conditions. Taking this input into account, the AEP Economic Forecasting group analyzes 
data, develops and utilizes economic and load forecast data and models, and computes load forecasts. 
Economic Forecasting and operating company management team members review and discuss the 
aualyhcal results. The groups work together to obtain the final forecast results. The forecast 
incorporates the effects of energy policy on both a state and federal level such as the 2009 American, 
Reinvestment and Recovery Act (ARRA), Energy Independence and Security Act of ZOO7 @SA) as 
well as load/pnce elasticity associated with policy impacts on the price of electricity. 

The elcctric energy and demand forecast process involves three specific forecast model 
processes, as identified in Exhibit 4-1. 

Exhibit 4-1: Load and Demand Forecast Proeess-Seqiiential Steps 

Load & Demand Forecast Process - Sequential Steps 

1. Monthly Sales Forecast 
(by FERC Revenue Classes) 

1 
2. Hourly Demand Models 

I 
3. Net Internal Energy Requirements 

& Demand Forecast 

Source: AEP Econorn,” Forecusling 

The fust process models the consumption of electricity at the aggregated customer level: 
Residential, Commercial, Industrial, Other Ultimate customers, and Municipals and Cooperatives. It 
involves inodeling both the short- and long-term sales. The second process contains models that 
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derive hourly load estimates from blended short- and long-term sales, estimates of energy losses for 
distributiou and transmission, and class and end-use load shapes. The aggregate revenue class sales 
and energy losses is generally called “net internal energy requirements.” The third process reconciles 
historical net internal energy requirements and seasonal peak demands through a load factor analysis 
which results in the load forecast. 

The long-term forecasts are developed using a combination of econometric models to project 
Load for the Industrial, Other Ultimate and Municipal and Cooperative customer classes, as well as, 
under proprietary licensc by Itron Inc., Statistically-Adjusted End-use (SAE) models for the modeling 
of Residential and Commercial classes. 

The long-term process starts with an economic forecast provided, under proprietary license, by 
Moody’s Economy.com for the United States as a whole, each state, and regions within each state. 
These forecasts include projections of employment, population, and other demographic and financial 
variables for both the US.  as a whole and for specific AEP service territories. The long-term 
forecasting process incorporates these economic projections and other inputs to produce a forecast of 
kilowatt-hour (kWh) sales. Other inputs include regional and national economic and demographic 
conditions, energy prices, appliance saturations, weather data, and customer-specific information. 

The AEP Economic Forecasting department uses Statistically Adjusted End-use (SM) models 
for forecasting long-term Residential and Commercial kWh energy sales. SAE models are 
econometric models with end-use features included to specifically account for energy efficiency 
impacts, such as those included in the Energy Policy Act of 2005 (EPAct 2005), the Energy 
Independam and Security Act of 2007 (EISA), and the 2009 American Reinvestment and Recovery 
Act (ARRA),. SAE models start with the construction of structured end-use variables fhat embody 
end-use trends, including equipment saturation levels and efficiency. Factors are also included to 
account for changes in energy prices, household size, home size, income, and weather conditions. 
Regression models are used to estimate the relationship between observed customer uiage and the 
structured end-use variables. The result is a model that has implicit end-use structure, but is 
econometric in its model-fitting technique. The SAE approach explicitly accomts for energy 
eficiency which has served to slightly lower the forecast of Residential and Commercial class 
demand and energy in the forecast horizon particularly reflecting the manifestation of energy policy 
impacts. 

AEP uses processes that take advantage of the relative strengths of both the short aad long term 
methods. The regression models.typically used in the shorter-term modeling employ the latest 
available sales and weather information to represent the variation in sales on a monthly basis for 
short-term applications. While these models generally produce accurate forecasts in the short tun, 
without specific ties to economjc factors they are less capable of capturing the structural trends in 
electricity consumption that are important for longer-term planning. The long-term modeling 
process, with its explicit ties to economic and demographic factors, is apprapriate for longer-term 
decisions and the establishment of the most likely, or base case, load and demand over the forecast 
period. By overlaying these respective method outputs, AEP Economic Forecasting effwlively 
applies the strengths of both load-modeling approaches. 

32 
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4.2 Peak Denlarid Forecasts 

Exhibit 4-2 reflects the AEP Ecoiioinic Forccasting Group's forecast of annual peak demand for 
thc AEP-East zonc, utilized in this IRP. 

Specifically, Exhibit 4-2 identifies the AEP-East reZion's internal demand profile as having 
0.23%) Compound Anuual Growth Ra~c  (CAGR) including tlic impacts of projcctcd (cmbedded) 
Demand RcsponseiDSM which will be discusscd later in this document. This equates to a 56 MW 
per year increase ovcr the IO-year IRP period through 2020 if the load growth w n s  steady. As the 
graph shows, the impact of the existing recession depresses peak demand in 2010 and 201 1 with a 
gradual iiicruase in 2012 and 2013 from thc assumcd cconomic rccovc~y. In addition, the chart 
indicates a 0.24% rate of growth, reflective of forecasted DSMiene.rgy efficie.ncy impacts, for internal 
cncrgy salcs over thc 10-year period. 

Eshilrii 4-2: AEP-East Peak Demind atzd Energy Projection 
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Sozirce: AEP Econvnzic Forecasting 
Exhibits 4-3 and 4-4 show the current deilland and energy forecasts, respectively, conipared to 

historical actual data and recent forecasts. Notc that for botb dcmand aud cncrgy, thc currcnt forccast 
is signit'icantly lower as reccssionary impacts On demand are being reflected. The impact of future 
DSM progiains has bccn cxcluded from the two pejk forecasts to make them comparable. 
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Exhibit 4-3: AEP-East Peak Actual and Forecmt (Excludes DSM) 

AEP-East Region 
Historical and Forecasted SUMMER Peak Demand (MW) 
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Exhibit 4-4: AEP-East Internal Emrgy Actual and Forecast 
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4.2.1 Load Forecast Drivers 

It is critical to note some of the major assumptions driving these demand profiles for the eastern 
(AEP-PJM) zoue: 

As set forth earlier in this report, it has been assumed for purposes of this IRP cycle that 
AEP‘s Ohio operating company legal entities, OPCo and CSP, wiN continue io plan lo serve 
ihose refail load obfigadions for which they have had an historical obligation to serve, 
beyond the current end of the period set forth under the approved AEP-Ohio Electtic 
Security Plan (ESP) that expires at the end of 20 I I. 
The assumption that the load to serve a major industrial load operating six aluminum 
potlines at its facilities- would continue a1 the current existing level of qproximtet’y 60% 
of its f i l l  cupncify (approximately 4 potlines). Two other large industrial customers are 
assumed to remain idle in the forecast. 
Any major whoZesaZe load obligations (largely, municipalities and cooperatives who 
currently have or have had a relationship with AEP as a ‘TERC tariff’ customer) assumed 
to be renewed or extended over the planning period under Zong-fern contracts. However, 
an observation from the underlying data to support Exhibit 4-2 is that such f m  or 
“committed” wholesale demand projections are relatively constant over the LT forecast 
period and, in total, represent a small percentage (< 10%) of the east region’s overall load 
obligation. 
Additionally, as described below, this forecast incorporates the effects of all current D W E  
program offerings and targets mandated by state commissions. The DR/EE legislative and 
regulatory mandated goals in Indiana, Michigan and Ohio are very aggressive, yet assumed 
achievable in the load forecast. It also includes energy efficiency and peak demand 
reduction that “occurs naturally” as a function of shifting consumer behavior. Consumer- 
driven, naturally-occurring DREE has a significant impact on energy consumption. 
Finally this forecast incorporates the net effects of Price Elasticity (described below). In so 
doing the forecast attempts to predict the load reduction that occurs as a result of a shift in 
consumer behavior as a reaction to price fluctuations. 

The impacts from energy policy such as EISA and ARRA me expected to be reflected on the 
demand side. These will predominately come through increased lighting, appliance, and building 
efficiency standards and codes. The efficiency of lighting is set to increase by 20-30% by 2012-24. 
Efficiency standards for appliance equipment iiictuding residential boilers, clothes washers and 
dishwashers are also set to increase through 2014. Efforts to pmmote energy eMiciency in 
commercial buildings as well as in industrial energy use are expected as well. Section 7 of this 
document details the impacts from the DSM programs that are currently offered as welt as program 
impacts estimated in future years 

The economic impacts of a carbon dioxide cap regime will be wide reachmg and impact 
etcctricity demand through market adjustments in various sectors. As an early attempt to quanti@ 
some fype of initial impact, a price elasticity effect on demand bas been embedded in the load 
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forecast. “lie timing and impact af this scenario is truly speculative, and yepresents only one of many 
possible policy actions. 

As mentioned abovc, one of the drivers of the load forecast deals with price elasticity. An 
example of a conipletely inelastic good is one that consumers cannot or will not change their 
consumption of in response to changes in the price ofthe product Zn the short term, most consumers 
can make minimal changes to their electricity consumption behavior, so electricity is one example of 
a fairly inelastic good. The exception is energy intensive industrial  sector^, where companies can 
shift production to other facilities, close facilities, switch fbels or change capital equipment. 
Changing large energy using equipment (NC, furnace, etc) for most consumers is a long-term 
decision. To make a truly informed decision, any price differential between the competing fuels must 
be known lo be sustainable for consumers to take the financial risk. The long-term nature of these 
decisions makes electricity (or natural gas) even less price elastic in the long-term. Since consumers 
have limited options for change, price changes are very significant and become even more so during 
stressful economic periods. 

Over the last 4 to 6 years, the price of electricity has increased significantly. In real terms 
(adjusting for inflation), the price increases reverse a long-term trend of prices declining ova 
previous decades. In response, the growth in electrjcity consumption has been dampened with the 
increased prices. In an industry with sales growth around 1% per year, even a product with a low 
price response (elasticity) will see an impact. For example, using 1% load growth with no price 
changes and an overall own-price elasticity of -0.15, a long-term doubling of price, 100% increase, 
will resnlt in a 15% decrease in consumption. Over a 15 year period, 1% load growth would be 
reduced to no load growth. Therefore, the expected costs of achieving environmental, renewable and 
energy efficiency goals for the company will continue to increase the burden on the consumer and 
thus reduced load growth going forward. 
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5.0 Capacity Needs Assessment 
Based on the assessment of AEP-East’s current resources as described in Section 3, and its 

energy and peak demand projections as discussed in Section 4, a capacity needs assessment can be 
established that will determine the amount, timing and of resources required for this 2010 IRP 

2010 AEP-East load forecast as updated in April, 2010, accounts for: 
AEP-East region’s internal demand profile as having 0.27% CAGR (or 0.71 when projected, 
embedded DSM is excluded). This equates to 56 M W  per year increase (or 152 MW 
when DSM i s  excluded) over the IO-year IRP period through 2020 if the load ,gowth was 
steady. 
A major industrial customer will operate at 60% load; 
1,119 MW of peak demand reduction due to interruptible loads and Advanced Time of Day 
pricing by 2020. 
forecast of MP-East capability additiondsubtractions reflected through the ten years 20 1 1 

through 2020: 

1) the potential retirement of 2,300 MvIr of coal fired capacity by 2015 and up to 6,000 Mw 
by 2020; 

2) 199 MW of plant derates associated with mvironmental and biomass retrofits partially 
offset by plant efficiency and other improvements of 73 MW. 

5.1 PJM Planning Constructs - Reliability Pricing Model (RPM) 

Effective with its 2007/08 delivery year {June 1, 2007 through May 32,2008), PJM instituted 
the RPM capacity-planning regime. Its purpose is to develop a long-term price signal for capacity 
resources as well as load-serving entity (LSE) obligations that is intended to encourage the 
construction o€ new generating capacity in the regioq. The heart of the RPM is a series of capacity 
auctions, extending out four planning years, into which all generation that will m e  load in PJM will 
be offered. The required reserve margin under RPM i s  determined by the intersection of the capacity- 
offer curve with an administratively-drawn demand curve. In steady-state mode, the auction will be 
bcld 38 months before the beginning of the plan year, with subsequent incremental amlions to trim np 
the capacity commitments a s  capacity conunitments, unit reliability/contribution and demand 
forecasts change. 

FERC has authorized, and PJM has provided for an atternative to the capacity auction, called the 
Fixed Resource Requirement (FRR), which may be appropriate for vertically integrated utilities to 
use. Under the FRR, the reserve margin is not dependent upou the intersection of the offer curve and 
the administratively-set demand curve but is built directty upon the fixed PJM Installed Reserve 
Margin (IRM) requirement as it was prior to the introduction of RPM. This alternative allows opting 
entities to m e t  their requirements with a lower capacity requirement than might have resulted under 
the auction model and with more cost certainty. AEP has previously elected to “opt-out” of the RPM 
(auction) and has been utilizing the FRlt (self-planning) construct. That opt-out of the PJM capacity 
auction currently is effective through the 2013/14 delivery year, for which the auction was held ia 
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May, 2010. AEP will c;tertnine for eac,, subsequent year whether to continue to utilize FRR for an 
additional year or to “opt-id’ to the RPM auction for a minimum Gve-year commitment period. 

5.2 PJM Going In Forecast and Resources 

Tlie demand and resource figures include impacts of existing and approved stateljurisdictional 
DWEE programs and existing PPAs for renewable resources. They also include the addition of the 
540 MW Dresden combined cycle facility currently under construction. They do not consider new 
DWEE programs that were evaluated as part of this year’s IRP process or additional renewable 
resources necdcd to meet the System’s stated goals. The resultant capacity gap arises in the 2018 
timeframe and grows in futurc years, primarily with projected unit retiremeuts. 

The forecast considers PJM minimum reserve requirements under PJM’s self-planning Fixed 
Resource Requirements (FRR) capacity alternative and estimated Equivalent Deinand Forced Outage 
Rates (EFORd) of AEP generators. 

Exhibit 5-1 offers the “going-in” capacity need of the AEP-East zone prior to uncommitted 
capacity additions. It amplifies that the region’s overall capacity need does not occur until tlie elid of 
the Planning Period (2018-2019). ‘‘Comitted” new capacity includes completion of the 540 MW 
Dresdcn combined cycle facility in 2013, the assumed performance of the Donald C .  Cook Nuclear 
Plant Extended Power Uprate (EPU) project, and assumed execution of purchase power agreements 
for renewable energy (largely, wind) resources. 

Exhibit 5-1: Sitrnmary of Capaeity vs. PJMIwinimuw Required Reserves 
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The going-in capacity forecast considered the potential retirement of close to 6,000 MI;y of 
largely older, less-efficient coal-fired units over the Planning Period due largely to external factors 
including known or anticipated environmental initiative from the U.S. Environmental Protection 
Agciicy (EPA), as well as the December 2007 stipulated Mew Source Review (NSR) Consent Decree. 
In spite of this potential, this AEP-East IRP requires no new baseload capacity resources in the 
forecast period. Rather, the proposed EPU initiative at the Cook Station during the 2014-2018 time 
period and peaking resources required in 2017 and 201 8, in addition to wind purchases and DSM are 
proposed to be added to maintain anticipated minimum PJM nominal (capacity) reserve margin 
requirements (approximately 15.5% increasing to 16.2%) as well as system reliability/restoration 
needs. Additional natural gas-fired peaking and intermediate capacity would be added afier 2020 to 
meet future load obligations. 

5.3 Ancillary Services 

Jn addition to energy products, PJM provides markets for ancillary services that can be sold by 
AEP-East generating units in support of the generating and transmission system operated by PJM. 
Such real-time ancillary markets include (1) regulation, (2) synchronized or spinning reserve, and (3) 
black start. 

Regulation is a form of load-following that corrects for short-term changes in electricity use that 
might affect the stability of the power system. Synchronized reserve supplies electricity if the grid 
has an unexpected need for more power on short notice. Black start service supplies electricity fw 
system restoration in the unlikdy event that the entire grid would lose power. 

Prior to the formation of RTOs, these services were provided in a routine manner by the 
generating units; there were no mark- for them, but the costs were recovered through regulated 
rates. Potential revenue streams fiom these services have not been taken directly hk, account in the 
IRP in terms of unique resource offerings, but AEP is beginning to account for them in some special 
applications, such as the evaluation of battery (storage) technology, 

5.4 RTO Requirements and Future Considerations 

In developing the plans for the AEP-East zone, it was assumed that several factors would remain 
constant. As indicated, AEP is committed io the FEU? alternative to the RPM of PJM through the 
2012l2013 delivery year, and it was assumed that this commitment would contime indeJinitet'y. 
Although PJM could contemplate fiirther changes in the IRM, it was also assumed that the PJM IRM 
would be 15.3%, as currently set for the 2013/14 planning year and remain unchanged for the 
remainder of the Planning Period. Finally, it was assumed that the underlying PJM EFORd for 
2013/14 (6.30%) would remain unchanged for the remainder af the Plaming Period. 

On the other hand, it was assumed that the AEP unit EFORd would change through time. 
Existing unit EFORds were projected to change as unit improvements am made or as Units near 
retirement. Also, the addition of new units and removal of old units .fiorn the system changes the 
weighted average EFORd. With the exception delivery year 2010/11, which was heavily impacted by 
the Coqk outage, AEP's EFORd is projected to improve from 8.41% in 2009/10 to 5.0270 in 2020/11. - 
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This assumption tends to reduce the amount of new installed capacity needed to meet PJM 
requirements. 

The inclusion of First Energy (FE) and DukelCinergy in tbe PJM footprht will impact the PJM 
IRM determination for the forecast period. The PJM study entitled 2009 PJM Reserve Requirement 
Study for the 11-Year Planning Horizon June 1st 2009 - May 3 1st 2020 dated November 4,2009 by 
the PJM Staff included sensitivity study to evaluate the effect of the ATSI move to the PJM footprint. 
The study did not, however, evaluate the effect of Duke/Cinergy move to PJM Interconnection as this 
was announced after the completion of the study, The 2010 study should consider the Duke/Cinergy 
move from Midwest IS0 to PJM Interconnection. 

Second, the future valuation of AEP exposed generating assets take into consideration the costs 
profiles relative to the wholesale market position. The integrated dispatch of FE and Allegheny and 
the move of DukdCinergy generating assets to PJM will impact the PJM wholesale power markets 
and thus, in turn, the valuation of the AEP exposed generating assets 

Beyond the FE and Duke/Cinergy matters, a FERC regulatory matter of note the November, 
2009 FERC Declaratory Order issued in response to a petition from SunEdison related to solar energy 
installations and “retail“ energy sales behind the utility meter. This order itlustrates the direction of 
federal policy and bow new entrants and new technologies are evolving with respect to retail 
clectricity sales and the intersection of State jurisdictjonal net metering and FERC jurisdictional 
wholesale regulations. 

5.5 Capacity Positions-Historical Perspective 

To provide a perspective, an historical relative capacity position for the AEP-PJM zone j s  

presented in Exhibit 5-2. AEP’s East zone (as part of ECAR) experienced ample capacity reserves 
throughout the decade of the 1980s and most of the 1990s. In the early 2000s the trending clearly 
suggested that anticipated load growth would soon result in zonal capacity deficiencies, on a planning 
basis. The economic decline that occurred over the past two years has again allowed AEP’s East zone 
to maintain an adequate capacity position however, given the volatility that has been experienced over 
the past decade, it would be prudent to maintain a flexible plan that can react to quick changes. 
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6.0 Resource Options 

6.1 Resource Considerations 

An objective of a resource planning effort is to recommend an optimum system expansion plan, 
not only from a least-cost perspective, but also from the perspectives of planning flexibility, creation 
of an optimum asset mix, adaptability to risk, conformance with applicable NERC Standards and, 
ultimately, from the perspective of affordability. In addition, given the unique impact of generation 
on the environment, the planning effort must ultimately be in concert with anticipated long-term 
requirements as established by the environmental compliance planning process. 

6.1.1 Market Purchases 

AEP’s planning position for its East Zone is to take advantage of market opgortuaities when 
they are available and economic, either in the farm of limited-term bilateral capacity purchases from 
non-affiliated sources or by way of available, discounted, merchant generation asset purchases. Such 
markct opportunities could be utilized to hedge capacity planning exposures should they emerge and 
create (energy) option value to the company. 

As with the nced to maintain resource planning and implementation flexibility for various 
supply or demand exposures as identified above, the Plan should likewise seek to ContinuaUy consider 
such market %uy” prospects, since: 

this IRP assumes the need to ultimately build generating capability to meet the requirements 
of its customers for which it has assumed an obligation to serve (including Ohio); 
the regional market price of capacity ultimately will, as represented above, begin to 
approach the fixed cost of new-build generation; and 
the purchase of merchant generation assets relative to new-build generation represents a 
different risk profile with respect to siting, costs and schedule. 

* 

* 

Another critical element ultimately impacting the availability af (bilateral) market capacity 
purchases is the PJM RPM construct. As discussed, AEP has opted out of the RPM capacity auction. 
With that, however, comes the fact that the capacity supply available to AEP would be limited to 
other “FRR” entities within PJM (which are limited), or to capacity resources residing outside of the 
PJM RTO. However, AEP has an option to participate in RPM so long as AEP remains an RPM 
participant for no less thaa 5 years. 

6.1.2 Generation Acquisition Opportunities 

Other market purchase opportunities are constantly being explored in continued recognition of 
the need for additional capacity. AEP investigates the viability of placing indicative offers on 
additional utility or IPP-owned natural gas peaking and combined cycle facilities as such 
opportunities arise. Analyses are performed in the Stmtegist resource optimkatiw model based on 
the most recent TRP studies, to estimate a break-even purchase price that could be pilid for the early 
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acquisition of such an asset, in lieu of an ultimate green field installation. However, as shown in 
Exhibit 6-1, the cost of these available assets are now beginning to approach that of a greenfield 
project. 

Exhibit 6-1: Recent Merchant Getteration Purchases 
I 

1000 

900 

800 

Source: AEP Resource Planning 

6.2 Traditional Capacity-Build Options 

6.2.1 Generation Technology Assessment and Overview 

AEP’s New Generation organization is responsible for the tracking and monitoring of estimated 
cost and performance parameters for a wide array of generation technologies. Utilizing access to 
industry collabomtives such as EPRI and Edison Electric Institute, AEP’s association with architect 
and engineering firms and original equipment manufacturers as well as its own experience and market 
intelligence, this group continually monitors supply-side trends. Appendix C offers a 6um.ma1-y of 
the most recent technology performance parameter data developed. 

6.2.2 Baselood Alternatives 

Coal-based baseload technologies include pulverized coal (PC) combustion designs, integrated 
gasification combined cycle (IGCC), aid circulating fluidized bed combustion (CFB) facilities. 
Nuclear is a viable option, and the application process for the construction of nuclear power plants 
has been initiated by several utilities. It is the current view of AEP that, while great difficulty and 
risk still exist in the siting and cowmction of nuclear power plants, nuclear power should be among 
the baseload options for the future. Nuclear power was modeled in some scenarios and sensitivities, 
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but ultimatcly was not included ia the final resource plan being recommended due to the uncertainties 
surrounding costs, schedules, and regulatory recovery. 

6.2.2.1 Pulverized Coal 

PC plants are the workhorse of the U.S. electric power generation industry. In a PC plant, the 
coal is ground into fine particles that are blown into a h a c e  where combustion takes place. The 
heat from the combustion of coal is used to generate steam to supply a steam turbine that drives a 
generator to produce electricity. Major by-products of combustion include SO2, N&, C02, and ash, 
as well as various forms of elements in the coal ash including mercury (Hg), The ash byproduct is 
often used in concrete, paint, and plastic applications. 

Steam cycle thermodynamics for the pulverized coal-fired units-which determines the 
efiiciency of generating electricity- falls into one of two categories; subcritical or supercritical. 
Subcritical operating conditions are generdlly accepted to be at up to 2,400 psig/l,OOO°F superheated 
steam, with a single or double reheat systems to l,OOOaF, while supercritical steam cycles typically 
operate at up to 3,600 psig, with 1,000-1,050"F main steam and reheat steam tempemtures. M P  has 
recognized the benefits of the supercritical design for many years. All eighteen of the units in the 
AEP East system built since 1964 have utilized the supercritical design. 

There have been advances in the supercritical design over the years, and units are now being 
designed to operate at or above 3,600 psig and >l,lOO°F steam temperatures, known as an ultra 
szrpet-critical (USC) design. AEP's Turk plant which is currently under construction in Arkansas is a 
new USC design. 

The initial capital costs of subcritical units are lower than those of a comparable supercritical 
unit by about 4 to 6%, but the overall efficiency of the supercritical design is higher than the 
subcritical design by approximately 3%. Due to cycle design improvements, the new variable 
pressure ultra supercritical units are projected to have an initial capital cost of about 4yo greater than a 
comparable supercritical unit. While the overall efficiency remains approximately 3% better than the 
comparable supercritical unit, the efficiency improvement is present throughout the entire load range, 
not just at full load conditions. 

This cost-performance tradeoff favors USC designs as fuel and carbon prices increase. 

6.2.2.2 Integrated Gasification Combined Cycle 

Given the long time-horizons of most resource pbming exercises, IRP processes must be able 
to consider new technologies such as IGCC. The assessment of such technologies is based on cost 
and peiformance estimates from commonly cited public sources, consortia where AEP is actively 
engaged, and vendor relationships, as well as AEP's own experience and expertise. 

IGCC is of particular interest to AEP in light of the abundance, accessibility, and affordability 
of high rank coals for the company-particularly in its eastern zone. IGCC technology with carbon 
capture has the potential to achieve the environmental benefits closer to those of a natural gas-fired 
plant, and thermal performance closer+to that of a combined cycle, yet with the low fie1 cost 

I 
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associatcd with coal. As discussed in this IRP report, the coal gasification process appears well- 
positioned for integration of ultimate carbon capture and storage technologies, which will be a cr&ical 
measure in any futurc mitigation of greenhouse gas emissions associated with the generation of 
electricity. The IGCC process employs a gasifier in which coal is partially combusted with oxygen 
and steam to fonn what is commonly called “syngas”-a combination of carbon monoxide, methane, 
and hydrogen. The syngas produced by the gasifier then is cleaned to remove the particulate and 
sulfur compounds. Sulfur is converted to hydrogen sulfide and ash is converted into glassy slag. 
Mercury is removed in a bed of activated carbon. The syngas then is fired io a gas turbine. The hot 
exhaust from the gas turbine passes to a heat recovery steam generator (HRSG), whex it produces 
steam that drives a steam turbine as would a natural gas-ftred combined cycle unit. 

. 

IGCC enjoys thermal efficiencies comparable to USC-PC. Its ability to utilize a wide variety of 
coals and other hels positions it extremely well to address the challenges of maintaining an adequate 
baseload capability with efficient, low-emitting, low-Variable cost generating technology. Further, 
ICCC is in a unique position to be prepositioned for carbon capture as, unlike PC technologies, it has 
the ability to perform such capture on a “pre-combustion” basis. It is believed that this will ultimately 
lead to improved net thermal eficiency than would be required by PC technology utilizing post- 
combustion carbon capture technology. 

6.2.2.3 Circulating Fluidized Bed Combustion 

A CFB plant is similar to a PC plant except that the coal is crushed rather than putverized, and 
the coal is combusted in a reaction chamber rather than the furnace of a PC boiler. A CFB boiler is 
capable of burning bituminous and sub-bituminous coal plus a wide range of fbels that cannot be 
accommodated by PC designs. These kels include, coal waste, lignite, petroleum coke, a variety of 
waste fbels, and biomass. Units are sometimes desigaed to fire using several fuels, which emphasizes 
this technology’s major advantage fuel flexibility. Coal is combusted in a hot bed of sorbent particles 
that are suspended in motion (fluidized} by combustion air blown in from below through a series of 
nozzles. CFB boilers operate at lower temperatures than pulverized coal-fwed boilers. The energy 
conversion efficiency of CFB plants tends to be slightly lower than that of pulverized coal-fred 
counterparts of the same size and steam conditions because of higher excess air and auxiliary power 
requirements. 

CFB boilers capitalize on the unique characteristics of fluidization to control the combustion 
process, minimize NOx formation, and capture SO, in situ. Specifically, SO2 is captured during the 
combustion process by Limestone being fed into the bed of hot particles that are fluidized by the 

combustion air blown in from below. The limestone is converted into free lime, which reads with the 
SOz. Currently, the largest CFB unit in operation is 320 MW, but designs for units up to 600 Mw 
have been developed by three of the major CFB suppliers. A 500 RIW unit is in initial stage of 
operations in Poland. AEP has no commercial operating experience with generation utilizing 
circulating fluidized bed boilers but is f‘arniliar with the technology through prior research, including 
the Tidd pressurized fluidized bed demonstration project. Gamercial CFE? units utilize a subcritical 
steam cycle, resulting in a lower thermal efficiency. 
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6.2.2.4 Carbon Capture 

CO? capture is the separation of C02 from a flue gas stream or from the atmosphere and the 
recovery of a concentrated stream of Con that is suitable for storage or conversion. Efforts: are 
focused on systems for capturing COz Erom coal-fued power plants, although the technologies 
developed will need to also be applicable to natural-gas-fired power plants, industrial CQ sources, 
and other applications. In PC plants, which are 99% of all coal-fired power plants in the United 
States, C02 is exhausted in the flue gas at atmospheric pressure at a concentration of 10-15% 
volumc. This is a challenging application for CQ2 capture because: 

+ 

The low pressure and low C 0 2  concentration dictate a high volume of gas to be treated. 
Trace impurities in the flue gas tend to reduce the effectiveness of the C02 absorption 
processes. 
CO? capture processes require large amounts of steam and electricity to separate the COZ 
from the flue gas stream thereby increasing unit heat rates, increasing auxiliary power 
requirements and reducing the electrical energy available for delivery to ultimate customers. 
Compressing captured C 0 2  fiom atmospheric pressure to pipeline pressure (1,200 to 2,000 
pounds per squae inch) adds to the large parasitic load. 

0 

m 

Aqueous amines are the current state-of-the-art technology for COz capture for PC power 
plants. The 2020 Department of Energy aspirational goal for advanced CO, capture systems is that 
602 capture and compression added to a newly constructed power plant increases the cost of 
electricity uo more than 35%, versus the current 65%, relative to a no-captwe case. 

However, with ICCC technology, COz can be captured from a synthesis gas (coming out of the 
coal gasification reactor) before it is mixed with air in a combustion turbine. The pre-combusted COz 
is reIatively concentrated (50% of volume) and at higher pressure. These conditions offer the 
opportunity for lower-cost C02 capture. The 2012 Departinent of Energy aspirational goal for 
advanced COz capture and storage systems applied to an lGCC is no more than a 10% increase in the 
cost of electricity from the current 30%,. It is a more stringent goal even though the conditions for 
COZ capture are more favorable in an IGCC plant. 

6.2.2.4.1 Carbon Capture Technology and Alternatives 

Reducing COa emissions from a fossil-fuel technology can be accomplished in three ways: 
increased generating efficiency thereby lowering the emission rate or COZ produced per unit of 
electric energy produced, removing the C02 from the flue gas, or reducing the carbon content of the 
fuel. While effective, increasing the generating efficiency of a coal-based plant has its practical 
limitations from a design and performance perspective. Removing the CO2 from the flue gas of a PC 
plant is a very expensive process. Currently, the only demonsh.ated technology used to ”smb’’ the 
COZ from the flue gas is by using an amine-based absorption process. 

As previously mentioned in this report, AEP is pursuing an alternative apprmcb AEP is 
currently conducting a validation of Alstorn’s chilled ammonia PC carbon capture technology on a 20 

.. 

47 



j 

I 

I 

I 
i 

I 
i 

! 
I 
I 

! 
I 

I 

I 
I 

SUPPLEMENTAL Appendix 2 
Page 72 of 169 

AEiP-hst 2010 Integrated Resource Plan .----.- ~ - , ... ..-- 

MW tlue gas slipstream at its 1,300 M W  Mountaineer Plant in West Virginia, It is anticipated that 
this kclinology, when fully developed, will achieve 90% COa capture with a 15% parasitic loss and 
netting a lower cost than othcr retrofit technologies. Based on the results of the Mountaineer slip- 
stream test, a subsequent 235 h4W commercial installation of this chilled ammonia technology is in 
the early stage of Phase I development for Mountaineer. 

This 235 MW cost/perfomance profile will be modeled in subsequent IRPs. 

6.2.2.5 Carbon Storage 

Storage is the placement of COz into a repository in such a way that it will remain stored for 
hundreds of thousands of years. 

Geologic formations considered for COz storage are layers of porous rock deep wderpund 
that are “capped” by a layer of nonporous rock above them. The storage process consists! of drilling a 
well into the porous rock and then injecting pressurized (,%prig'' liquid) COz into it. The CQ is 
buoyant and flows upward until it encounters the layer of nonporous rock and becomes trapped. 
There are other mechanisms for C 0 2  trapping as well. C& molecules dissolve in brine and react with 
mioerals to form solid carbonates, or are absorbed by porous rock. The degree to which a specFfic 
underground formation is suitable for C 0 2  storage can be difficult to discern. Research is aimed at 
developing the ability to characterize a formation before COz injection to be able to predict its C02 
storage capacity. Another area of research is the development of COz injection techniques that 
achieve broad dispersion of Cot throughout the formation, overnome low diffusion rates, and avoid 
hcturiiig the cap rock. These two areas, site characterization and injection techniques, are 
interrelated because improved formation characterization will help determine the best injection 
procedure. 

6.2.2.6 Nuclear 

Although new reactor designs and ongoing improvements in safety systems make nuclear power 
an increasingly viable option as a new-build alternative due to it being an emission-free power source, 
concerns about public acceptance/pemitting, spent nuclear he1 storage, lad-time, capital costs and 
complction risk continue to temper its consideration. For these stated reasons, among others, AEP 
does not view new new nuclear capability as a viable candidate to meet the capacity resource needs of 
AEP-East within this near-tem period (201 0-2020). However, portfolios that include nuclear 
capacity beyond the near-term period and into the expected second wave of new builds are 
comparable with the hybrid portfolio that was ultimately selected. Both the economic and political 
viability of nuclear power and energy will continue to be explored given: 

1) the AEP-East zone’s ultimate need for baseload capacity; 
2) the cost and performance uncertainty surrounding the advancement and commercialization 

of IGCC technology; 

3) the cost and performance uncertainty of carbon capture and storage technology; and 
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4) the continued push to address AEP’s carbon footprint and the mitigating igpict additional 
nuclear power clearly would have in that regard. 

Growth in U.S. nuclear generation since 1977 has been primarily achieved through ‘2tprathg”- 
the practice of increasing capacity at an existing nuclear power plant. As of October 2009, the PlfRC 
had approved 129 uprates totaling 5,726 MWe of capacity. That amount is equivalent to adding 
another five-to-six conventional-sized nuclear reactors to the electricity supply portfolio. Extended 
power uprates (EPU) can provide up to 20% of additional capacity. The EPU and related projects for 
the Cook Plant (as described in Section 3.2.1 of tbis report) - are therefore consistent with h e  recent 
trends in the nuclear industry. 

6.2.3 Intermediate Alternatives 

Intermediate generating sources are typically expected to serve a load-following and cycling 
duty and shield baseload units fiom that obligation. Historically, many generators, such as AEP’s 
eastern fleet, have relied on older, less-efficient, subcritical coal-fired units to serve such load- 
foIlowing roles. Over the last several years, these units’ staffs have made strides to improve ramp 
rates, regulation capability, and reduce downturn (mininium load capabilities). As the fleet continues 
to age and sub-critical units are retired, other generation dispatch alternatives and new generation will 
uccd to be considered to cost effectively meet this duty cycle’s operating characteristics. 

6.23.1 Natural Gas Combined Cycle (NGCC) 

An NGCC plant combines a steam cycle and a combustion gas turbine cycle to produce power. 
Waste heat (-l,lOO°F) fom one or more combustion turbines passes through a heat recovery s t e m  
generator (HRSG) producing stem. The steam drives a steam turbine generator which produces 
about one-third of the NGCC plant power, depending upon the gas-to-steam turbine design 
‘‘platform,’’ while the combustion turbines produce the other two-thirds. 

The main features of the NGCC plant are high reliability, reasonable capital costs, operating 
efficiency (at 4555% LHV), low emission levels, small footprint and shorter construction periods 
than coal-based plants. In &he past 8 to 10 years NGCC plants were often selected to meet new 
intermediate and certain baseload needs. Although cycling duty is typically not a concern, an issue 
faced by NGCC when load-following is the erosion of efficiency due to an inability to maintain 
optimum air-to-fuel pressure and turbine exhaust rind steam temperatures. Methods to address these 
include: 

e Installation of advanced automated cimtrols. 
Supplemental frring while at full load with a reduction in firing when load decreases. When 
supplemental f iMg reaches zero, fuel to the gas turbine is cutback. This approach would 
reduce efficiency at full load, but would likewise greatly reduce efficiency degradation in 
lower-load ranges. 
Use of multiple gas turbines coupled with a waste heat boiler that will give the widest load 
range with minimum efficiency penalty. 

- 
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6.2.4 Peaking Alternatives 

Peaking generating sources are required to provide needed capacity during extreme high-use 
peaking periods and/or periods in which significant shifts in the load (or supply) curve dictate the 
need for "quick-response" capability. The peaks occur for only a few hours each year and the 
installed reserve requirement is predicated on a one day in ten year loss of load expectation, SO the 
capacity dedicated to serving this reliability fimction can be expected to provide very little energy 
over a11 mud load cycle. As a result, bel efficiency and other variable costs are of less concern. 
This capacity should be obtained at the lowest practical installed cost, despite the fact chat S U G ~  

capacity ofien has very high energy costs. For this reason, acquisition of existing gas generatiin 
assets at below market prices is the preferred choice for meeting peaking requirements. This peaking 
requirement is manifested in the system load duration curve, an example of which is shorn in 
Exhibit 6-2. This curve shows the hourly demand for each hour in a typical year. Note that there is a 
notable drop off in demand &cr the highest 3% of the hourly toads. This drop off supports the 
position that the lowest installed cost investment, or lowest life cycle cost investment when 
considering the minimal capacity factors these peaking facilities will experience, are selecled by 
optimization modeling. 

In additiou, in certain situations, peaking capacity such as combustion turbines can provide 
backup and some have the ability to provide emergency (Black Start) capability to the grid. 

Exhibit 6-2: AEP East Typkni Load Duration Curve 

AEP East Load Shape Typkal Plannhg P o i i d  Year 
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6.2.4.1 Simple Cycle Combustion Turbines (NCCT) 

In “industrial” or “frame-type” combustion turbine systems, air compressed by an axial 
compressor (front section) is mixed with fuel and burned in a combustion chamber (middle section). 
The resulting hot gas then expands and cools while passing through a turbine (rear section). The 
rotating rear turbine not only runs the axial compressor in the front section but also provides notating 
shafi power to drive an electric generator. The exhaust from a combustion turbiae can range m 
temperature between 800 and 1,150 degrees Fahrenheit and contains substantial thermal enera. A 
simple cycle combustion turbine system is one in which the exhaust from the gas turbine is vented to 
the atmosphere and its energy lost, i.e., not recovered as in a combined cycle design. While not as 
cfficient {at 30-35% LHV), they are, however, inexpensive to purchase, compact, and simple to 
operate. Further, simple cycle ffame CTs can be started up and placed in service Ear more rapidly (30 
minutes) than a combined cycle unit requiring four or more hours from start to full load resulting 
from the CC unit thermal steam cycle. 

6.2.4.2 Aeroderivatives (AD) 

Aeroderivatives are aircraft jet engines used in ground installations for power generation. They 
are smaller in size, lighter weight, and can start and stop quicker ttlan their larger industrial or ”fiame” 
counterparts. For example, the GE 7EA frame machine requires 20 minutes to ramp up to €1111 load 
while the snmller LMtjOOO aeroderivative only needs 10 minutes from start to fi.111 load. However, the 
cost per kW of an aeroderivative is on the order of 20% higher than a frame machine. 

The AD perfommnce operating characteristics of rapid startup and shutdown, make the 
aeroderivatives well suited to peaking generation needs. The aeroderivatives a n  opemte at fidl load 
for a small percentage of the time allowing for multiple daily startups to meet peak demands, 
compared to frame machines which are more commonly expected to start up once per day and operate 
at continuous full load for 10 to 16 hours per day. The cycling capabilities provide aeroderivatives 
the ability to backup variable renewables such as solar and wind. This operating characteristic is 
expected to become more valuable over time as: a) the penetration of variable rmiewables increase, 
b) baseload generation processes become more complex limiting their ability to load follow and; c) 
intenncdiate coal-fueled generating units are retired from commercial service. 

Aeroderivatives weigh less than their industrial counterparts allowing for skid or modular 
installations. Efficiency is also a consideration in choosing an aeroderivative over an industrial 
turbine. Aeroderivatives in the less than 100 Mw range are more efficient and have lower beat rates 
in simple cycle operation than industrial units of equivalent size. Exhaust gas temperatures are lower 
in the aeroderivative units. 

Somc of the better known aeroderivative vendors and their models include GE’s LM series, Pratt 
& Whitney‘s FT8 packages, and the Rolls Royce Trent and Avon series of  machine^.^ 

Turbomachinery International, Jan/Feb. 2009; Gas Turbine World; EPRI JAG 
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6.2.5 Energy Storage 

Energy storage refers to technologies that allow for storage of energy during off-peak periods of 
demand and discharge of energy during periods of peak demand. This has the effect of flattening the 
load curve by reducing the peaks aid “filling the valleys.” In this sense, it is considered a peaking 
asset. Energy storage can also be applied at other times to temporarily mitigate transmission 
congestion if it is economically to do so in conjunction with generating resources that are curtailed by 
inadequate transmission infrastructure. Energy storage consists of batteries (Sodium S u l k  “NaS,” 
Lithium Ion, and others), super capacitors, flywheels, compressed air energy storage (CAES) or 
pumped hydro storage. Pumped storage hydro uses two water reservoirs, separated vertically. 
During off peak hours water is pumped %om the Iower reservoir to the upper reservoir. When 
required, the water flow is reversed to generate electricity. 

The investment requirements for pumped hydro storage are significant. Further, site-selection 
and attainment of FERC Licensing represent huge challenges. NaS Batteries are the leading 
technology under consideration for prospective storage-related utility planning with several variations 
of compressed air energy storage in research and development. 

6.2.5.1 Sodium Sulfur Batteries (NaS): 

Storage technologies are receiving greater consideration due partly to the improved battery- 
storage technologies; efficiencies now are approaching 90%. That, coupled with the ability to oRer 
market time-of-day pricing arbitrage by charging during low-cost off-peak periods and discharging at 
higher-cost daytime periods, works to its advantage. Battery installations can be located near load 
points, thus avoiding transmission and distribution line losses associated with traditional generation. 
The downside currently is the significant manufactured cost per kW, transportation limitations due to 
tlieir weight, and total installed costs in the range of $2,000 per kW. 

I n  light of battery-storage’s potential for: 3)  market arbitrage, 2) line loss reduction, 3) deferral 
of selected distribution infrastructure through selective siting of storage capacity, coupled with the 
prospect for reduced capital costs due to improvements in battery technology, its consideration as a 
potential capacity resmce is w a m t . 4 .  

6.2.5.2 Community Energy Storage ICES) 

Community energy storage (CES) is being tested as a distributed storage option. The use of 
distributed storage technology, which will involve the placement of small energy storage batteries 
throughout residential areas, will look similar to the small transformer boxes currentIy seen 
throughout neighborhoods. Each box should be able to power four to six houses. AEP is testing this 
potential distribution game-changing technology, which should also provide voltage sag mitigation as 
well as emergency transformer load relief. 

1 :  

I 
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6.3 Renewable Alternatives 

Renewable generation alternatives use energy sources that are either naturally occurring (wind, 
solar, hydro or geothermal), or are sourced &om a by-product or waste-product of mother process 
(biomass or landfill gas). Numerous renewable energy sources such as solar, geothermal, new hydro, 
and tidal are either under development or exist. However not all are economic options for AEP within 
the service territory based on their current state of development, or for financial, meteorological, or 
geographical reasons, Within the AEP service tehtory, without significant leaps in technology, 
biomass co-fuing in coal power plants and wind power plants are the primary options for 
economically (or realistically) generating electricity on a significant scale from renewable sources. 

As highlighted in the Section 2 Introduction, although effective in 29 states (9 of 13 PJM states) 
plus the District of Columbia, a mandatory RPS exists today in Ohio, West Virginia and Michigan, 
and a voluntary RPS exists in Virginia. The prospect of a Federal RPS and additional state standards 
is sufficiently tenable to warrant an evaluation of renewable generation 21 conjunction with this IRP 
process. Further, renewable energy sources deliver attractive C02 benefits in a potentially carbon- 
constrained policy environment, should hat  environment be realized. 

AEP’s New Technology Development group continues to evalimte a wide range of renewable 
technologies, with the latest updates (December 2009) included in Appendix 1. Technologies were 
evaluated on cost, location, feasibility, applicability to AEP’s service territory, and Gommercial 
availability. After a high-level evaluation, economic screening was carried out considering each 
technology’s estimated costs and effectiveness, to develop a levelized $/Mwh cost. Costs and 
benefits considered in the screening included project capital and O&M costs; avoided capacity and 
encrgy costs; alternative fuel costs; alternative emission rates and associated allowance costs; and 
available federal or state production tax credits, if any. The levelized cost was used to rank the 
various technologies and also was compared to AEP-East’s avoided cost to calculate an imputed REC 
valuc. A project is considered reasonable if the projected market value of equivalent RECs is greater 
than this imputed REC value h r  a particular technology. 

The renewable technologies ultimately screened include: 
0 biomass co-firing on existing coal-fired units 

separate injection of biomass on existing coal-fired units 

J evaluated separately far the East and West regions 
J with or without the federal production tax credit & investment tax credit 
solar generation 
J with or without the federal investment tax credit 

wind farms 

0 incremental hydroelectric production 
* landfill gas with microturbine 

geothermal generation 
9 distributed generation. 

Although some of the renewable technologies listed above could be economic, AEP is 
constrained from doing some of these projects because the energy sources are not practical in AEP 
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service territory (e.g., geothermal). Similarly, biomass co-firing is constrained by a sup& of suitable 
fuel andor transportation options anticipated to be in proximity to the host coal units evaluated. 
Thus, the renewable resources available to be included in the Plat! are not necessnrilry the least 
expensive options screened but rather those that provide suitable economics and practicality to 
achieve einerging stafe or federal mandates. 

6.3.1 Wind 

Wind is currentiy the fastest growing form of electricity generation in the world. Utility wind 
energy is generated by wind turbines with a range 1.0 to 2.5 MW, with a 1.5 MW turljine being the 
most common size used in commercial applications today with over 25,000 MW of wind online as of 
January 2010. Typically, multiple wind turbines are grouped in rows or grids to develop a whd 
turbine power project which reqiures only a single connection to the transmission system, Location 
of wind turbines at the proper site is particularly critical from the perspective of both the existing 
wind resource and its proximity to a bansmission system with available capacity. 

Ultimately, as turbine production increases to match the significant increase in demand, the high 
capital costs of wind generation should begin to decline. Currently, the cost of e l d e i t y  from wmd 
generation is becoming competitive within the AEP-East zone due largely, however, to subsidies, 
such as the fcderal production tax credit as well as consideration given to REC values, anticipated 
rising fie1 costs or hture carbon costs. 

A drawback of wind is that it represents a variable source of power in most non-coastal locales, 
with capacity factors ranging from 30 to 45 percent; thus its Xfe-cycIe cost ($n\llwh), excluding 
subsidies, is typically higher than the marginal (avoided) cost of energy, in spite of wind's zero dollar 
fuel cost. Another obstacle with wind power is that its most critical factors (i.e., wind speed and 
sustainability) are typically highest in very remote Iocatjons, and this forces the electricity to be 
transmitted long distances to load centers necessitating the buitdout of EHV transmission to optimally 
integratc large additions of wind into the grid. Exhibit 6-3 shows the wind resource locations in the 
U S .  and their relative potential. 
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Exhibit 6-3: United States Wurd Power Locations 
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6.3.2 Solar 

Solar power takes a couple of viable forms to produce electricity: concentrating and 
photovoltaics. Concentrating solar - which heats a working fluid to temperatures sumcient to power 
a turbine - produces electricity on a large scale (100 h4W) and is similar to traditional centralized 
supply assets in that way. Photovoltaics produce electricity on a smaller scale (2 kW to 20 W per 
installation) and are distributed throughout the grid. In the AEP-East zone, solar has applications as 
both large scale and distributed generation. The appeal of solar is broad and recent legislation in 
Ohio has made its pursuit mandatory subject to rate impacts, beginning in 2009. Solar photovoltaics 
arc represented in this IRP as though this 111 solar requirement is to be met in Ohio. However, the 
amounts of solar prescribed in the law, while substantial, will not have a significant effect on the 
timing or amount of other supply assets within a ten-year planning period. Exhibit 6-4 shows the 
potential solar resource locations in the U.S. 
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Exhibit 6-4: United States Solar Power Locations 

6.3.3 Biomass 

Biomass is a term that typically includes organic waste products (sawdust or other wood waste), 
organic crops [corn, switchgrass, poplar trees, willow trees, etc.), or biogas produced from organic 
matcrials, as well as select other materials. 

carbon neutral fuel. 
Carbon from the atmosphere is converted into biological matter by photosynthesis. Upon 
combustion, the carbon returns to the atmosphere as carbon dioxide ((202) where it can be recaptured 
by new biomass growth replacing the biomass used as fuel. Therefore a reasonably stable level of 
atmospheric carbon results fiom its use as a fuel. 

In the United States today, a large percentage of biomass power generation is based on wood- 
derived fuels, such as waste products fiom tbe pulp and paper industry and Lumber mills. Biomass 
from agricultural wastes also plays a dominant role in providing fuels. These agricultmal wastes 

It is generally accepted that sustainably produced biomass represents 

include ricc and nut hulls, fruit pits, and manure. 
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A relatively low-cost option to produce electricity by burning biomass is by co-firing i t  with 
coal in an existing boiler using existing coal feeding mechaaisms. 111 a typical biomass co-firing 
application, 1.5% to 6% of the generating unit's heat input is provided by biomass, depending 08 the 
boiler's method of finug coal, A more capital-intensive option is separate injection, which involves 
separate Iiandlirig facilities and separate injection ports for [he biomass. Separate injection can 
achieve a 10% heat input from biomass. 

Co-firing gcncxally provides a lower-cost mcthod of energy generation from biomass than 
building EL dedicated biomass-to-aicrgy power plant. In addition, a coal-fired power plant typically 
uses a more efficient steam cycle and consunies relatively less auxiliary power than a dedicated 
biomass plant, and thus generates more power from the same quantity of biomass. 

Some possiblc drawbacks associated with biomass co-firing or separate injection include 
reduced plant efficiencies due to lower energy content fuels, loss of fly ash sales, and fouling of SCR 
catalysts used to remove NOx from the exhaust gas. Although thesc relatively ininor obstacles can be 
mitigatcd through various means, the major obstaclcs to the utilization of biomass as a feedstock 
include volatile costs of transportation and substitute uses for the fbel. Biomass has many competing 
demands, such as the pulp and paper markets, agriculture industrics, and the etlianol market, which 
can dramatically cscalatc the market price for the material along with the transportation of such a low 
energy-density fuel. Another issue associated with biomass is the significant quantities of dedicated 
land necessary to generate sufficient quantities of biomass as identificd in Exhibit 6-5. 

Exliibit 6-5: Land Area Reqiiired to Support Biornass Facitity 
Switchgrass I 
(per Purdue Universily Study) 

a 6 -to- 8 tons /yr. per acre yield 
o @ 6700 Btullb (non-dried, a s  harvested) 

A 200-MW Dedicated Biomass Facility 
(70% C.F.) would requlre ... 

(f 72 - 234 sq. mi,} 
IIOk -to- 150k harvested acres 

,. ii( :r I._ :..7 - - 
, ..,$ . , 8 8 . yt,, .;, ... ~ . . . w ~ ~  ..f I 45 MM Vyr. of swirchgrass which 
'.;.::..*;: .'.'I.. ,:, .: :ktlki?led ag$/and mass 

.. .%. E,,'. , . , .. d s t v t i r ~ ~ ~ r ~ ~ ~ ~ ~ - t i r e d  bromass capacity 

6.5 MM acres 
. . ,- .... , .: .) .. .. ..<' ..I _ I  .; _.  : .e.: r;rvp!and sfid pasture/grassland 

, .:I*.. , ':,! i-i. XXlA ir: the state ol Georgia _I"_.  -: - - 

\Wood Chips !Sawdust 
(per AEP-Forestry) 

o 70 -to-1 DO Ions /yr. per acre yield' 
* "clear cutilng" on a 40-veercvcle 

o @ 4800 Btu/lb (green, non-dried) 
A 20044W Dedicated Biomass Facilify 

(70% C.F.) would require ... 
510k -to- 730k timbered acres 

(795 - 7,140 sg. mi,) 
l 5 G W  or(clear-cut} wood chip-fimd apacity would 
require approx. 64 Mh4 Vyr. of wood product which would 
require dedrcaled faresled-land mass = 37 MM acres 

. or 700% of the forested acreage idenNed by the USOA 
in North Cardina and Soulh Carolha cmMned 

Source: AEP Resource Plnnning 

Biomass utilization provides many vahrable benefits and holds some promise for the AEP 
generating fleet, but the high fuel/transportation costs and the limitcd deployment potential on a heat- 
input basis inhibits the near-tcnn viability of thc technology on a large scale. Exhibit 6-6 shows 
potential biomass resources. 

Biomass utilization is not a substitute for additional generation. Because it simply substitutes 
"carbon-neutral" firer for fossil fuels, it does not eliminate the need for building generation as demand 
grows and assets are retired. However, if and when GHGs become regulated, biomass eo-fuing could 
bccomc at1 economically viable way to reduce the CO.2 output of cetraia coal-tired plants. 

I 
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Exhibit 6-6: Biomass Resources h the Utfited States 

Source: NREL 

6.3.4 Renewable Energy Certificates (RECs) 

An additional option for complying with renewable standards involves the purchase of 
renewable energy certificates, or “RECs”. RECs are generated contaminant with carbon-neutral 
energy, but are sold separately providing the energy produced is sold into the relevant grid. This 
arrangement allows for efficient bansfer of costs from over-producers to under-producers of required 
carbon-neutral energy. In nascent markets, where over-productjon does not exist, RECs wjU be 
scarce or nonexistent, driving values high. High REC values, in turn, will foster additional capital 
investment, until REC values reach equilibrium 

In AEP-East zone states with renewable requirements (Ohio and Michigan), REC markets 
exist or are developing for renewable (in-state and deliverable) and solar (in-state and deliverable) but 
are not yet reliable sources for compliance. 
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6.3.5 Renewable Alternatives-Economic Screening Results 

AEP has established an internal renewable target of 10% of System energy (total East and West 
zones) from renewable resources by 2020 (see Appendix E). Based on current AEP renewable 
resources, and considering an ad& tional 1,000 MW of renewable resources committed to by the year- 
end 2014, together with the prospective renewable projects listed in Exhibit 67 ,  included in the 2010 
IRP (AEP-East and SPP), this internal commitment is projected to be satisfied. Note that the 2014 
target represents an approximate 3-year shift in prior (2009 IRP) planned commitments of 2,000 MW 
of System-wide renewable resources by the end of 2014; however, as recent unfavorable regulatory 
decisions in both Virginia and Kentucky surrounding cost recovery of planned.wind purchase 
transactions has resulted in this “extension” of that prior goal. 

Exbibii 6-7: Renewable Sarrrces incirrded in &€’-East and AEPSPP 2010 

AEPSysIem 

Unit. Plant, or Contract 

Wind (SW Mesa) 
Wind (Weatherford) 
Wind (Blue Canyon 11) 
Wind (Sleeping Bear) 
Wind (Camp Grove) 
Wind (FoMer Rldge I & 111) 
Wlnd (Grand Ridge II B 111) 
Wind (Fowlw Rage 11) 
Wind (Majstic) 
Wind (Blue Canyon V) 
Wind (Beech Rage) 
Wind (Elk City) 
Soiar (W yandot) 
Solar (Ohio) 
Biomass (Ohlo unb)  
Wlnd (East) 
Wind (Minco) 
Solar (Ohio) 
Wind (East) 
Solar (Ohio) 
Biomass (East) 
Wind (East) 
Solar (Ohio) 
Wind (Eml) 
Wind (West) 
Solar (Ohio) 
Solar (Dislributed) 
Biomass (Ohio unils) 
Wind (West) 
Wind (East) 
Solar (Ohio) 
Wind (West) 
Wind (East) 
Solar (Ohio) 
W a r  (Ohio) 
Wind (East) 
Biomass (Easl) 
Wind (East) 
Sdar (Ohio) 
Wind (West) 
Wlnd (East) 
Solar (Ohia) 

3i2e 
ulw: 

31 
I47 
I51 
95 
75 
90 
101 
150 
80 
99 
101 
99 
10 
I O  
44 
IO0 
IO0 
10 
100 
10 
50 
1(M 
26 
m 
200 
26 
25 

XI0 
250 
28 
200 
150 
26 
26 
50 
100 
100 
26 
300 
150 
26 

(44) 

- 

First 
Full 

inetgy 
Year 

W l n g  
kisiing 
:*sting 
jdsting 
MI0 
2010 
2010 
2010 
2010 
2011 
201 I 
2011 
2011 
2011 
2012 
2012 
2012 
2013 
2013 
2014 
2014 
2014 
201 5 
2015 
2015 
2015 
2016 
2015 
2016 
2016 
201 7 
2017 
201 7 
201 8 
2018 
2018 
2018 
2019 
2020 
2020 
2020 - 

& 
enawabla 

Sales 
68% or 

- 
0.1 % 
0.5% 
0.9% 
1.2% 
1.4% 
1.8% 
2.0% 
2.4% 
2.6% 
2.9% 
3.1% 
3.3% 
3.4% 
3.4% 
3.5% 
3.6% 
3.9% 
3.9% 
4.1% 
4.?% 
4.4% 
5.0% 
5.0% 
5.9% 
6.4% 
6.4% 
6.5% 
6.3% 
6.9% 
7*4% 
7.4% 
7.9% 
8.2% 
8.3% 
8.3% 
8.4% 
8.9% 
9.1% 
9.1% 
9.9% 
10.2% 
102% - 

$8 for 2010 IRP 

Ndf?!i 

Evistlng (RECs only) 
Giktlng 

Existing (RECs only until 2013) 
Existing 
Existing 

Executed PPA 
&ecuted PPA 

Executed PPA (Add’l lake) 
Executed PPA (RECsonly until 2012) 

Execuled PPA (FECs only untll2013KAdd’l take) 
Executed PPA(PSC-Apprvd) 

Executed PPA (RECs only until 2013xAddi take) 
Exearled PPA 

wl ITC 
Ohio Units 10% Coqire 

wl mc 
Minco (PSO) 

wl ITC 
wl mc 
wl ITC 

RECs PPA or Unit Co-Fiw (No New Capacity) 
No PTC 
wl ITC 
No PTC 
No PTC 
wl ITC 

(EBW) No ITG 
Retlrement of Ohia Units 10% Co-Fire 

No PTC 
No PTC 
No ITC 
No PTC 
No PTC 
No ITC 
No ITC 
No PTC 

RECs PPA or Unit b R r e  (No NtnuXapacity) 
No mc 
No ITC 
No PTC 
No mc 
WOrrC 

Source: AEP Raotrrce Planning 
- 
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6.4 Demand-Side Alternatives 

6.4.1 Backgraund 

Demand Side Management refers to, for the purposes of this IRP, utility programs, jncluding 
tariffs, which encourage reduced energy consumption, either at times of peak consumption or 
throughout the dayjyear. Programs or tariffs that reduce consumption at the peak we demand 
response (DR) programs, while round-the-clock measures are energy efficiency (EE) programs. The 
distinction between peak demand reduction and energy efficiency is important, as the solutions for 
accomplishing each objective are typically different, but not necessarily mutually exclusive. 

6.4.2 Demand Response 

Peak demand, measured in megawatts (Mw), can be thought of as the mount of power used at 

the time of maximum power usage. In AEP’s respective East (PJM) zone, this maximum (System 
peak) is likely to occur on the hottest summer weekday of the year, in the late afternoon. This 
happens as a result of the near-simultaneous use of air conditioning by the majority of cwstamers, as 
well as the normal use of other appliances and (industrial) machinery. At aU other times during the 
day, and throughout the year, the use of power is less. 

As peak demand grows with the economy and population, new capacity must ultimately be 
built. To dcfer construction of new power plants, the amount of power consumed at the peak must be 
reduced. This can be addressed several ways via both “active’’ and “passivey’ measures: 

htewuptible loach. This refers to a contractual agreement between the utility and a large 
consumer of power, typically an industrial customer. In return for reduced rates, an 
industrial customer allows the utility to “interrupt” or reduce power consumption during 
peak periods, -freeing up that capacity for use by other consumers. 
Direcr load control. Very much like an (industrial) interruptible load, but accomplished 
with many more, smaller, individual loads. Commercial and residential customers, in 
exchange for monthly credits or payments, allow the energy manager to deactivate or cycle 
discrete appliances, typically air conditioners, hot water heaters, Lighting banks, or pool 
pumps during perjods of peak demand. These power interruptions can be accomplished 
through radio signals that activate switches or through a digital “smart” meter that allows 
activation of thermostats and other control devices. 
Time-dflerentlute’iated ruzes. Offers customers different rates for power at different times 
during the year and even the day. During periods of peak demand, power would be 
relatively more expensive, encouraging conservation. Rates can be split into as few as two 
rates (peak and off-peak) and to as often as 15-minute increments known as “real-time 
pricing”. Accomplishing real-time pricing requires digital (smart) metering. 

0 

1 
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0 Energy Eflcciency measures. If the appliances that are in use during peak periods use less 
energy to accomplish the same task, peak energy requirements will likewise be less. This 
represents a ‘”passive” demand response. 
Line ioss mitigation. A line loss results during the transmission and distrjbution of power 
from the generating plant to the end user. To the extent that these losses can be reduced, 
less energy is required from the generator. 

0 

What may be apparent is that, with the exception of Energy Efficiency measures, the m u n t  of 
power consumed is not typically reduced. Less power is consumed at the peak, but to accomplish the 
same amount of work, that power will be consumed at some point during the day. If rates encourage 
someone to avoid running their dishwasher at four, they will run it ai some other point in the day. 
Tlus is also referred to as load shifting. 

6.43 Energy Efficiency 

EE measures save money for customers billed on a “per kilowatt-hour” usage basis. The trade- 
off is the reduced utility bill for any up-front investment in a buildinglapp~ancelipment 
modification, upgrade, or new technology. I f  the consumer feels that the new technology is a viable 
substitutc and will pay him back in the form of reduced bills over an acceptable pericd, he will adopt 
it. 

EE measures include eEcient lighting, weatherization, efficient pumps and motors, efficient 
HVAC ihstructure, and efEicient appliances, most comonly. Oflen, multipb measures are 
bundled into a single program that might be offered to either residential or commercWhdustria1 
customers. 

EE measurcs will, in all cases, reduce the mount of energy consumed but may have limited 
effectiveness at the time of peak demand. Energy Efficiency is viewed as a readily deployable, 
relativcly low cost, and clean energy resource that provides many benefits. According to a March 
2007 DOE study such benefits include: 

* Economics: Reduced energy intensity provides competitive advantage and f ies  
economic resources for investment in non-energy goods and services 

* Environment: Saving energy reduces air pollution, the degradation of natural resources, 
risks to public health and global climate change, 
Infrastructure: Lower demand lessens constraints and congestion .on the electric 
transmission and distribution systems 
Secdty: Energy Efficiency can lessen our vulnerability to events that cut off enerm 
supplies 

0 

0 
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High First Costs 

I 

Energy-efficient equipment and services are often considered "high-end" 
products and can be more costly than standard products, even if they save 
consumers money in the long run. 

I 

Higb Information or 
Search Costs 

Consumer Education 

Perfonnance 
Uncertainties 

AMERICAN" 
€/Ecl f fH:  . . . .  
W E R  

It can take valuable time to research and locate energy eficient products 
or services. 

Consumers may not be aware of energy efficiency options or may not 
consider lifetime energy savings when comparing products. 

Evaluating the claims and verifling the value of benefits to be paid in the 
future can be difficult. 

However, inarkct barriers to Energy Efficiency exist for the customerlparticipant. 

Market Barriers to Energy EZficiency 
I 

Transaction Costs 

Access to Financing 

Additional effort may be needed to contract for energy eficiency services 
or products. 

Lending industry has difficulty in factoring in future economic savings as 
available capital when evaluating credit-worthiness. 

Split Imentives 

ProductlService 
Unavailability 

The person investing in the energy eficiency measure may be different 
from those benefiting from the investment (e.g. rental property) 

Energy-efficient products may not be available or stocked at the same 
levels as standard products. 

Externalities The environmental and other societal costs of operating less efficient 
products are not accounted for in product pricing or in fbture savings 

Source: Eto, Goldman, and Nadel(l998): Eto, Prahl, and Schlegei (1996); and Goiove undEto (J996) 

To overcome many of the participant barriers noted above, a portfolio of program may often 

Consumer education 
0 Technical training 

Energyaudits 
4 

0 Industrial process improvements 

include several of the following elements: 

Rebates and discounts for efficient appliances, equipment and buildings 

The levcl of incentives (rebates or discounts) offered to participants is a major determinant in 
the pace of market transformation and measure adoption. 

Additionally, the speed with which programs can be rolled out also varies with the jurisdictional 
differences in stakeholder and regulatory review processes. The lead time can easily exceed a year 
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for getting programs implemented or modified. This IRP begins adding demand-side resources in 
201 1 -that are incremental to approved or mandated programs. 

6.4.4 Distributed Generation 

Distributed generation refers to (typically) small scale customer-sited generation downstream of 
the customer meter. Cormnon examples are combined heat and power (CHP), residential solar 
applications, and even wind. Currently, these sources represent a negligible component of demand- 
side resources as even with available Federal tax credits, they are typically not economically 
justifiable. 

6.4.5 Entegrated ValtageNaR Control 

IVVC provides all of the benefits of power factor correction, voltage optimization, and 
condition-based maintenance in a single, optimized package. In addition, I W C  enables conservation 
voltage reduction (CVR) on a utility’s system. CVR is a process by which the utility systematically 
reduces voltages in its distribution network, resulting in a proportional reduction. of load on the 
network, A I %  reduction in voltage typically results in a 0.5% to 0.7% reduction in load. 

Exhibit 6-8: IMegizfed VolfngeNcuR Central 
,.,.*5 

/- .d 

6.4.6 Energy Conservathn 

Often used interchangeably with efficiency, conservation results from foregoing the benefit of 
electricity either to save money or simply to reduce the impact of generating electricity. Higher rates 
for electricity typically result in lower consumption. Inclining block rates, or rates that increase with 
usage, are rates that encourage conservation. 
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Energy 
Efficiency lnteruptible ATOD Total Energy Efficiency 

____ Ohio 38 140 0 178 _ _ _  - 305 
APCo 0 14 107 121 0 
l&M 2 258 0 260 8 

Kentucky 3 0 0 3 4 
AEP-East 43 41 2 107 !j62 317 

. __ 

7.0 Evaluating DWEE Impacts for the 2010 IRP 

7.1 Demand Respouse/Energy E.fficiency Mandates mnd Coals 

The Energy Independence and Security Act of 2007 (“EISA”) qu i re s ,  among other things, a 
phase-in of lighting efficieucy standards, appliance standards, and building codes. The increased 
standards will have a discernable effect on energy consumption. Additionally, legislative and/or 
regulatoiy mandated levels of demand reduction and/or energy efficiency attainment, subject to cost 
effectiveness criteria, are in place in Ohio, Indiana and Michigan in the AEP-East Zone. The Ohio 
standard, if cost-effective criteria are met, will result in installed efficiency measures equal ti0 over 20 
percent of all energy otherwise supplied by 2025. Indiana’s standard achieves installed efficiency 
reductions of 13.90% in 2020 while Michigan’s standard achieves 10.55%. Vk@a has a voluntary 
10% by 2020 target. While no mandate currently exists in Kentucky, KPCo has offered DRLEE 
programs to customers since the mid-1990’s. 

As identiJed in this document atid in the Conipairy ‘s 201 0 Corporate Accountability 
Report, AEP has intertially commitred to syslem-wide peak demand reductions of I ,  000 
h4W b.vyear-ei;tld 2012 and energy reductions of 2,250 G M ,  approxirnnteIy 6045% of 

I which is it? the AEP-Easr zone. 

7.2 Current DWEE Programs 

As of June 1,2010, active energy efficiency programs exist in Kentucky, Ohio, Michigan, with 
additional programs filed in Indiana and West Virginia. D e m d  response programs, consiathg of 
interruptible tariffs, time differentiated rates, and load control, are currently being offered. The 
demand and energy impacts of the installed programs (as of March 3 1,2010) are shown in Exhibit 7- 
1. Appendix G lists annual energy efficiency programs and demand reduction forecasts by operating 
company, by year. 

Exhibit 7-1: AEP-East Embedded DRflE Programs 

Source: AEP Resource PZanning 
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7.2.1 gridSMART Smart Meter Pilots 

Smart meter pilots are underway in Indiana and Ohio. As of June l", 2010, nearly 200,000 
customers have been equipped with the new meters. The meters allow for time-differentiated pricing 
which should result in more efficient customa use of electricity and peak usage reductions. 

AEP's first gridSMART pilot program began in 2009 in South Bend, Indiana. The year-long 
South Bend pilot involved approximately 10,000 meters and was to end after the 2009 cooling season, 
but it has been extended to include the 2010 cooling season because of some early technical 
problems. 

A larger and more comprehensive gridSMART demonstration project involves 110,000 
customers in central Ohio. Paid for in part with a $75M grant from the DOE, the $150M project wil1 
include smart meters, distribution automation equipment to better manage the grid, community 
energy storage devices, sinart appliances and home energy management systems, a new cyber 
security center, PHEV (Plug-inhybrid electric vehicle) demonstrations, and installation of utility- 
activatcd control technologies that will reduce demand and energy consumption without requirhg 
customers to take action. This last technology is known as such as Integrated Voltage VaR Control 
(IVVC), a form of voltage control that allows the grid to operate more efficiently, In WCC, sensors 
and intelligent controllers monitor load flow characteristics and direct controls OD capacitor and 
voltage regulating equipment to optimize power factor (Var flow) and voltage levels. Power factor 
optimization improves energy efficiency by reducing losses on the system. Voltage optitllization can 
allow a reduction of system voltage that still maintains minimum levels needed by customers, 
enabling consumers to use less energy without any changes in behavior or appliance eficiencies. 
Early rcsults indicate a range of 0.5% to 1% of energy demand reduction for a 1% voltage reduction 
is possible. 

The results of these pilots will greatly inform the impacts assigned to larger roll-outs of these 
meters and related projects such as IWC, should they ultimately be approved. It is still unknown 
how much deployincnt of these meters will change customer consumption patterns relative to 
traditional meters, As these behaviors become discernible and quantifiable, their effects will be 
incorporated into future load forecasts and IRPs. 

7.3 Assessment of Achievable Potential 

The amount of Energy Efficiency and Demand Response that are available aye typically 
described in three buckets: technical potential, economic potential, and achievable potential. For 
states that do not have mandates in place, DWEE savings were developed using an achievable 
potential target (Exhibit 7-2). 
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Exhibit 7-2: Achievable versw Technical Palentid (Illustrative) 

Technical Efficiency Potential 

.Achievable Efficiency 

‘ Economic Efficiency Potential 

Potential 

Source: AEP Resource Pluming 

Briefly, the technicai potential encompasses all h o w n  efficiency improvements that are 
possible, regardless of cost, and thus, cost-effectiveness. The logical subset of this pool is the 
economic potential. Most commonly, the total resource cost test is used to define economk. This 
coinpares the avoided cost savings achieved over the life of a measure/program with its cost to 
implement it, regardless of who paid for it. The third set of efficiency assets is that which is 
achievable. 

Of the total potential, only a fraction is achievable and only then over time due to the existence 
of market barriers. How much effort and money is deployed towards removing qr lowering the 
barriers is a decision made by state governing bodies. 

States with legislative or regulatory requirements universally require that these requirements be 
met economically and provide for “off ramps” if or when pursing the goals no longer meets that 
criterion. “Economic potential” is estimated to be in the 20-25% range of total consumption. The 
“achicvable” range is a fraction of the economical range. This achievable amount must be further 
split between what can or should be accomplished with utility-sponsored programs and what should 
fall under codes and standards. Both amounts are represented in this IRP as reduction$ to what would 
otherwise be the load forecast. 

7.4 Utility-sponsored DSM rnodeling/forecasting 

Two sources were used as the basis for the analysis in this LRP. The first source is an AEP 
Measures Database that was specifically developed for AEP and its jurisdictions as part of its 
DSMore software package. DSMore, an industry-standard s o h a r e  tool, analyzes DRlEE programs 
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Memure 

C& 3 Liglzting 

C&I Pimps & Motors 

Resi&ntiul Lighting 

Residential Water 
Renting 

Residential Low Imonte 

C&I Demand Response7 

IVVP 

and produces test results in line with DREE industry standards. The AEP Measures Database was 
used to determine which measures would be modeled in the current IRP. The second is a national 
cncrgy efficiency study published by the Electric Power Research Institute (EPRI) in January of 2OO9. 
This study defines realistically achievable EE target levels. It estimates a cumulative achievable 
target of 3.3% EE savings by 2020 relative to a baseline forecast which includes the effects of &e 
increased standards required in EPAct 2007. 

Levelized Levelized TRC Score 
Resource Cosf Program Cost 

wm6 $n: Wh' 

.059 ,033 1.05 

.#do .023 3.53 

.033 ,019 1.86 

-034 .OI9 2.39 

.om ,070 0.86 

N/A N/A 1.8 

.034-.047 .034-.047 2.1-2.5 

7.4.1 DSM Proxy Resources 

The DSMore Measures Library was used to find viable measures by Residential and 
Commercial class for the IRP. Measures were organized into groups and then evaluated based on 
their Total Resource Cost Test (TRC) SCOT~E. The TRC measures the net costs of a EE program as a 
resource option based on the total costs of the program, including both the participant's and the 
utility's costs. Aggregate blocks were considered viable and chosen for optimization modeling only 
if their TRC scores were above 1.00 except for Residential Low and Moderate Income 
Weatherization. Because these programs are typically required in jurisdictions where energy 
efficiency i s  being implemented, its costs and impacts were included outside of the optunization 
process. As such, the fallowing measure blocks were chosen, 

Exhibit 7-3: DSM Proxy Resources Costs 

Source: AEP Resource Pknning 

These block sewed us proxy resources for the actual programs thut will, over time, be 
implemented l7ie blocks have individual characteristics or load shapes. l r  is desir&le that, in 

6 Non-discounted 
7 Assumes no energy savings fiom demand interruptions 
8 Blocks are non-bomogepeous - 
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ugyegaie. the blocks wiN have siisiilur charucleri.ytic.7 to iuliut eventually gets implemented so t h f  
the remainder if the supply-side optiwiizatiorz is accomplished witilh reasonabq lncctrrnte deemmd-side 
intel .r .e l~~tio~~sh~s-  

7.4.2 DSM Levels 

Energy usage and energy savings amounts for states that did not have preexisting mandates 
were made based on EPRI’s January 2009 study. The EPRI study, Assessment os Achievable 
Pofenfialfiom Energy Efficiency mzdLlemnnd Response Programs in the U.S., “documents the results 
of an exhaustive study to assess the achievable potential for energy savings and peak demand 
rcduction from [utility-sponsored] energy efficiency and demand response programs.” EPRI further 
defines the ”achievable potential“ as an estimated range of savings attainable through programs that 
encourage adoptiou of encrgy efficient technologies, taking into consideration technical, economic, 
aiid market conditions. The study differcntiates what these programs can achieve prospectively from 
what may occur through the natural adoption of efficiency by consumers, either through prefereuces 
or codes aiid standards. The EPRl study provides a useful basis for assigniug realistic levels of 
encrgy cffciency and demand respoiise in lieu of jurisdiction-specific studies as well as a basis for 
assessing jurisdiction-specific study results which are typically stated as a range of possible 
outcomes. It is noteworthy that the mandates in Ohio and Indiana exceed what EPRl has determined 
is realistic or even possible by 2020. vi’hilc conflicting, this outcome is possible if the jurisdictions 
involved are willing to cxceed the funding levels envjsioned as maximums by EPRI; it is on this basis 
that mandates were assumed to bc mct through 2020. 

Exhibit 7-4: Energy Efficiency Impacts 

Energy Efficiency Standards - Relative Impact 

. _-- ._ . .. - . - 
’20~ooo 7 I 
115,000 

110,000 

105,000 

100,000 

95,000 

c - -  
i 128% 

I Illustrative - Mandates do not apply System-wide 

! 
I i . .  

90,000 
2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 

i_. 

i- , Forecast Gross - Ohio Indiana Michigan - EPRl Max - EPRl Realistic 

Sowce: AEP Resource Planning 
- 
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The 2ise of these proxy resources is necessaiy to model supply-side nnd demand-side reSourceS 
within the same opliinizodion process. In NO way does this process itnpIy that theseprogrmm, in their- 
current form and composition rnusl be done in equal rnearzire and in all jurisdiciions. AN states me 
dgeerent and may have specific mkss regarding the ability of C&l cuslomers to "opt out" of zctility 
program, itfluencing the ultimate porfsolio mzjc. Some states have colloborntive p m c g ~  that can 
greatly iiljltience lhe tenor and composition of a program port$olw. These bloch provide a 
reasonable proxy for demand-side resources wilhin the contexi of an optimization model. 

7.5 Validating Incremental D W E  resources 

7.5.1 Energy Efficiency 

Energy EMiciency resource blocks were made available within the Strategist model :with annual 
constraints by program and in total. These constraints keep the resource modeling process from 
selecting DWEE rcsources faster than is practical in non-mandated states, The result of the 
constraints is a roll out of program that is consistent with the EPIU realistically achievibh level of 
demand side resources. 

Since the blocks were prescreened for cost-effectiveness, this process merely vplidates the 
incremental resources within the supply optimization. As a practical matter, actual EE p r o g m s  are 
likely to contain elements of many of these programs but not match the blocks exactly. However, for 
die purposes of validating the cost-effectiveness of demand options, and quantifying the benefits 
relative to supply options, the proxy demand resources are suitable. 

Exhibits 7-5 through 7-7 show the net forecast with relevant benchmarks. The forecasted 
DSM levels exceed the EPIU realistically achievable level due to aggressive requirements in Ohio, 
Michigan and Indiana. 
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Exhlbit 7-5: AEP -East Engrgy Efficiency Progrunz AssicnTptions 

40,000 t I 

Results: 

7.5.2 Demand Response 

The demand response resource blocks were made available within the Strategist model with 
annual coustraints by program and in total. These resources are incremental to the tariff-based 
demand response that is currently in placc. The results are consistent with levels for denland response 
in thc EPRT study. 

Currently, givcn the extensively long capacity position in AEP-East, the addition of incremental 
DR, while having value relative to PJM, may have limited value to the AEP-East System given the 
currcnt cap limitation in the supplementary auction of 1,300 MW. AEP's inability to realize the full 
PJM value might hinder cost recovery in some or all jurisdictions. However, incremcntal DR may 
include [he added flexibility to effect peak reductions at the Operating Companies, providing 
desirable concomitant value within the AEP-East System Pool. Additionally, demand response 
capabilities are being aggressively cultivated by FERC, RTOs, and some statcs. Given that 
background, and uncertainty surrounding potential EPA HAP rules, it is reasonable to continue 
pursuit of a robust demand response capability which would include (AEP customer) assets that are 
cunently committed to PJM through independent third-party curtailment scrvjcc providers (CSPs). 
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Exhibit 7-6: AEP -East Demand Response A ~ s ~ i t i p t i ~ ~  

1,200 

1,000 

800 
8 s 
2 

f 

600 

U s 400 

CI 

200 

0 

AEP-East 201 0 IRP Demand Response Assumptions 

.. . , . . .  . .. .. . 

2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 

Source: AEP Resource Planning 

7.53 rVVG 

IVVC blocks varicd in cost effectiveness. Straregist was able to pick the most promising project 
blocks iirst and add subsequent blocks whcn it was economical to do so. In the AEP-East System, 
blocks became economic beginning in 2014. Five of the available seven blocks were ultimately 
selected. 
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Eslrihif 7-7: A EP -ERs~ 1VV Respotise Assumpiions 
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Source: AEP Resoirrce Piunning 

7.6 Discussion and Conclusion 

The assumplion of aggressive pcak dcmand rcduction and energy efficiency achievement reflect 
not only legislative and regulatory mandated levels of D m E  in Indiana, Ohio, Michigan, OWahorna 
and Texas but AEP’s sytem-wide comitment to demand-side resources in other jurisdictions. 

The amount of DWEE included in this Plan is higher than past IRP plans have included. There 
are a few reasons why this is valid: 

Mandates at thc state and potentially at the federal level will encourage adoption of demand 
side resources at a pace higher thau. would have been reasonably forecast in the past. 
Indiana enacted a high mandate this year which requires cumulative energy savings of 
13.9% by 2020. 

Increased awareness and acceptance of the purported ljnk between global climate change 
and the consumption of fossil fuels will drive increased adoption of conservation measures, 
independent of economic benefit. 
Increased interest in demand response from tlic introduction of emergency capacity 
programs from PJM. Because AEP-East has historically not been able to count the demand 
assets of customers who participate in the PJM progmm, the Company seeks to broaden its 
iatemiptible tariffs to accommodate customers who have prcviously not been eligible, 
primarily because of size. 
In states without existing legislative or regulatory mandates, thc lcvel of DREE is 
consistent with EPRI’ s “realistically achievable” levels. Where these levels are exceeded in 
statcs with mandates, it is reasonable to expect compliance with those mandates, albeit at 
potentially high costs, 

* 

* 

The mechanism for regulatory cost recovery ‘and the appetite for utility-sponsored DWEE is 
formalized tIirough the legislative and raternaking processes in the various jurisdictions in which AEP 

I 

73 



SUPPLEMENTAL Appendix 2 
Page 98 of 169 

AEP-East 2010 Integrated Resource Plan 
1 ..-..--._I____ -._-_--__. . .  ”.-. 

AMIERKAN- 
ElEETRtr . . . .  . 
POWER 

operates, the amount and type of D W E  programs will likely change by jurisdiction to reflect the 
environment. Executing this plan will enable AEP to fulfill its system-wide commitment of 1,000 
MW of demand reduction capability and 2,250 GWh of energy efficiency by 2012. 

The following Exhibit 7-8 summarizes the AEP-East EE assuinptions for the 2010 URP. The 
data is split by “Net” and “Installed”. “Installed” jndicates the annualized impacts of DSM measures 
at the time of installation while “Net” reflects the expected impact. It is less than the installed impact 
due to assumptions about the timing of the installation (partial year savings), measure fade (measures 
failing and not being replaced) and “snap back” (the use of saved energy for other purposes). 

Installation of these measures is predicated on securing adequate cost recovery. For this 
planning cycle, it is assumed that such recovery would be forthcoming. Far the 10 year planning 
horizon, this level of DSM still closely matches the EPM Realistically Achievabie. 
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Exhibit 7-8: Incrmeittal Demand-Side Resources Assumption Summaty 

Source: AEP Resource Planning 
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8 ,O Fund amen tal Modeling Seen arios 

8.1 lllodeling and Planning Process-An Overview 

A chart summarizing the IRP planning process, identifying the fiindamenhl input mquirements, 
major modeling activities, and process reviews and outputs, is presented in Exhibit 8-1. Given the 
diverse and far-reaching nature of the many elements as well as participants in this process, it is 
important to emphasize that this planning process is naturally a continuous, evolving activity. 

In general, assumptions and plans are continually reviewed and modified as new information 
becomes available. Such continuous analysis is rquired by multiple disciplines across AEP to misure 
that: market structures and governances, technical parameters, regulatory constructs, capacity supply, 
energy adequacy and operational reliability, and environmental mandate requirements are constantly 
reassessed to ensure optimal capacity resource planning. 

Further impacting this process are growing numbers of federal and state initiatives that address 
many issues relating to industry restructuring, customer choice, and reliability planning. Currently, 
fulfilliiig a regulatory obligation to serve native load customers (including Ohio customers) represents 
one of the cornerstones of this 2010 AEP-East W? process. Therefore, as a result, the “objective 
fi~nction” of the modeling applications utilized in this process is the establishment of the least-cost 
plan, with cost being more accurately described as revenue requiremmf under a traditional 
ratemaking construct. 

That does not mean, however, that the best or optimal plan is the one with the absolute least cost 
over the planning horizon evaluated. As discussed in this (and prior) section, other factors-some 
more difficult to quantify than others-were considered in the determination of the AEP-East 
Integrated Resource Plan (IRP). To challenge the robustness of the Plan, sensitivity analyses were 
performed to address these factors. 

8.2 Methodology 

The IRP process a im to address the long-term “gap” between resource needs and current 
resources (Section 5). Given the various assets and resources that can satisfy this expected long-term 
gap, a tool is needed to sort through the myriad of potential combinations and return an opthum 
solution-or portfolio-subject to constraints, Strategist is the primary modeLing application used by 
AEP for identifying and ranking portfolios that address the gap between needs and current available 
resources. Given the set of proxy resources-both supply and demand side-and a scenario of 
economic conditions that include fuel prices, capacity costs, energy costs, effluent prices including 
COZ, and demand, Strategist will return all combinations of the proxy resources (portfolios) that meet 
the rcsource need. The portfolios are ranked on the basis of cost, or cumulative present worth (CPW), 
of the resulting stream of revenue requirements. The least cost option waB considered the initial 
“optimum” portfolio for that unique input parameter scenario. 

A proprietary long-term resource opti-tion tool ofventyx - an ABB company - utiLized extensively in the 
utility industry for over two decades. - 
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8.3 Key Fundamental Modeling Pricing Scenarios 
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The AEP-SEA long-term power sector suite of commodity forccasts arc derived from the 
Aurora model. Aurora is a fulldamelital production-costing tool that is driven by inputs into the 
model, not nccessarily past performance. AEP-SEA models the eastern synchronous interconnect and 
EliCOT using Aurom. Fuel and emission forecasts established by AEP Fuel, Emissions and 
Logistics, arc fcd into Aurora. Capital costs for ncw-build gencrating asscts by duty type are vetted 
through AEP Engineering Serviccs. Thc COz forccast is based on assumptions developed by AEP 
Strategic Policy Analysis. 

Exhibit 8-2 shows the AEP-SEA process flow for solution of the long-term (powcr) commodity 
forecast. The input assumptions are initially used to gcncratc tlic output report. The output is used as 
“lkcclbaclc“ to changc the base input assuniptions. This iterative process is repeated until the output is 
congment with thc input assumption?; (e.g., lescl of natural gas consumption is suitable for the 
established price and all emission constraints arc mct). 

Exhibit 8-2: Long- tem Forecast. Process Flow 
Input Output - I 

.. ... I 

Soaace: AEP SEA 

In this report, four distinct sceiiarios were developed: the “Reference Case”, “Business As Usual 
(BAG) Case”, “Stagnation”, and “Altruism Case”. The scenarios are described below: 

Rcfcrcnce - The point of thc label “Reference” is not bccause it is the most likely outcome. It 
is labeled Reference because it represents what we have typically done in the company - use 
Moody’s Economy.com as the economic outlook. As compared to previous reference cascs, the start 
of carbon policies have been movcd up to 2014 versus 2015, indicating an increased Likelihood of a 

http://Economy.com
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policy. The carbon treatment policy follows a “Wa~naii-Markcy” likc policy, cxccpt startiog in 2014 
versus 201 ?. 

Business As Usual (RAU) - As the title of this case suggests, it assumes t1iei-e is no change 
from 2009. This includes no changc in environmental policies such as carbon. The economic 
outlook in this scenario is identical to the Refcrcucc cconoinic profilc othcr than there is no economic 
iinpact obseivcd in 7013 due to carbon policies. This scenario is probably the least likely given h a t  
nothing chaiges, but it cei-tainly is the easiest to conceive because everything is hiown. 

Stagnation - Colicems of rising govclnment debt and no clex path for the transformation of the 
economy from less consumer’ driven results in a stagiiatcd economy siniilar to Japan’s expcricncc. 
Muck like Japan, thc country continues to prop up insolvent banks. Optimistically, the US. will react 
faster and r-eincinbcr lessons lcarued so that stagnation lasts only five years versus Japan’s decade 
plus. 

Altruism - This secnario is the hardest to imagine and constrtict. There is n united fiont across 
the majority ofthe world for thc rcduction of carbon. There is one carbon price accepted by all so no 
major wcalth transfers occur. If this assumption did not occur, WE could see inass economic shifting 
as corporations could movc to regions that had no carbon policies. Societies across the world take on 
thc problem and dcvelop a moral backing in  order to absorb the increased cost and the sacrifices 
needcd to achicvc the mgets. Tn the U.S., this cost will comc in thc form of continuecl production tax 
credits, jncreascd CO:! costs and increased fossil fiiel costs due to increased eiiviroiiineiital constraints 
for drilling and mining. 

The relationship among commodity prices under the different economic scenarios is shown in 
Exhibit 8-3. Forecasts of particular impoimice include coal prices, natural gas, CO2, and on-peak atid 
off-peak power prices. Because coinmodity price forecasts are considered business sensitive 
information, the comparisons are made using an index, with rile Referciicc Case 201 0 price set as 1.0. 
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Exhibit 8-3 Commodi@ Price Forecnst by Scetzariu 
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9.0 Resource Portfolio Modeling 

9.1 The Strategist Model 

The Slra?egi.st optimization model sewed as the empirical calculation basis from which the 
AEP-East zonal capacity requirement evaluations were examined and recommendations were made. 
As will be identified, as part of this iterative process, Strategist offers unique portfolios of resource 
options that can be assessed not only from a discrete, revenue requirement basis, but also for purposes 
of performing additional risk analysis outside the tool. 

As its objective hnction, Strategist determines the regulatory least-cost resoubce mix for the 
generation (G) system being assessed.” The solution is bounded by user-defined set of resource 
tcchnologies, commodity pricing, and prescribed sets of constraints. 

incorporating a variety of expansion planning assumptions including: 
Strategist develops a discrete macro (zone-specific) least-cost resource mix for a system by 

Resource alternative characteristics (e.g., capital cost, construction period, pmject life). 
Operating parameters (e.g. capacity ratings, heat rates, outage rates, emissicxu effluent rates, 
unit minimum downturn levels, must-run status, etc.) of existing and new wits. 

* 

0 Unit dispositions (retirement/mothballing). 
Delivered fuei prices. 

0 Prices of external market energy and capacity as well as SO,, NO,, and CO, emission 

allowances. ’ 

Reliability constraints [in this study, minimum reserve margin targets). 
Emission limits and environmental compliance options. 

0 

0 

These assumptions, and others, are considered in the development of an integrated plan that best 
fits the utility system being analyzed. Strutegis[ does develop a fill regulatory cost-of-service 
(COS) profile. Rather, it typically considers only (G)-COS that changes fiom plan-to-plan, not ftxed 
embedded costs associated with existing generating capacity that would remain constant under any 
scenario. Likewise, transmission costs are included only to the extent that they are associated with 
new generating capacity, or are linked to specific supply alternatives. In other words, generic 
(nondescript or non site-specific) capacity resource modeling would typically not hcorporate 
significant capital spends for transmission interconnection costs. 

Specifically, Strutegist includes and recognizes in its ‘Tncremental (again, largely (G)) revenue 

Fixed costs of capacity additions, i.e., carrying charges on capacity and associated 
transmission (based on a weighted average AEP system cost of capital), and ;fixed O&M[; 
Fixed costs of any capacity purchases; 
Program costs of D W E  alternatives 

requirement” output profile: 
0 

0 

Strutegis1 also offers the capability to address incremental bansmission (“T”) options that may be tied to 
evaluations of certain generating capacity resource alternatives. . 

83 
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Variable costs associated with the fleet of new and existing genmling units 
(developed using its probabilistic unit dispatch optimization engine). This includes fuel, 
purchased energy, market replacement cost of emission allowances, and variable O&M 
costs; 
Market revcnues from external energy transactions (i.e. Off-System Sales) are netted against 
these costs under this ratemakinghevenue requirement format. 

* 

In order to create a full regulatory cost of sa-vice, additional cost were developed to capture the 
revenue requirement impact from the embedded fixed cost of AEP’s existing generation, transmission 
and distribution systems @e. G/T/D costs). These additional G/T/D revenue requirements were 
added to the incremental revenue requirements developed by Strategist to create a full zegursltory cost 
of service. 

In the PROVIEW module of Sirategist, the least-cost expansion plan is empirically formulated 
from potentially hundreds of thousands of possible resource alternative combinations created by the 
module’s chronological dynamic programming algorithm. On an annual basis, each capacity resource 
alternative combination that satisfies various user-defined constraints (to be discussed below) j s  
considered to be a “feasible state” and is saved by the program for consideration in folllnvitlg years. 
As the years progress, the previous years’ feasible states are used as starting points for the addition of 
more resources that can be used to meet the current year’s minimum reserve requirement. As the 
need for additional capacity on the system increases, the number of possible cornbinations and the 
limber of feasible states increases exponentially with the number of resource alternatives being 
considered. 

9.1.1 Modeling Constraints 

The model’s algorithm has the potential for creating such a vast number of alternative 
combinations and feasible states; it can become an extremely large computational and data storage 
problem, if not constrained in some manner. T!x Sirutegkt niodel includes a number of input 
variables specifically designed to allow the user to further limit or constrain the size of the problem. 
There were numerous other known physical and economic issues that needed to be comidered and, 
effectively, “constrained” during the modeling of the Long-term capacity needs so as to reduce the 
problem size within the tool. 

Maintain an AEP-PM installed capacity (ICAP} minimum reserve margin of roughly 
15.5% per year as represented in the east region’s “going-in” capacity position (which itself 
assumed a PJM Installed Reserve Margin (IRM} of 15.5% throughout the 2011/2012 
planning year and 15.3% effective 2013/2014 and through the remaining years of the 
planning period). 
All generation installation costs represent AEP-SEA view of capacity build prices that were 
predicated upon information from AEP Generation Technology Development. 
Under the terms of the NSR Consent Decree, AEP agreed to annual Scq! and N& emission 
limits for its fleet of 16 coal-fueled power plants in Indiana, Kentucky, Ohio, Vighia and 

* 

0 

0 

84 



- ._ 

SUPPLEMENTAL Appendix 2 
Page 109 of 169 

AEP-East 2010 Integrated Resource Plan - ” . -_. .._ --.---_ .____..______.__..II 

West Virginia. These emission limits were met by adjusting the dispatch order of these 
units during Strategist’s economic dispatch modeling. 

9.2 Resource OptimdCharacteristictics and Screening 

9.2.1 Supply-side Technology Screening 

There are many variants of available supply and demand-side resource types. It is a practical 
limitation that not all known resource types are made available as modeling options. A screening of 
available supply-side technologies was performed with the optimum assets made subsequently 
available as options. Such screens for supply alternatives were performed for each of the major duty 
cycle “families” (baseload, intermediate, and peaking). 

TJie selecred technology alternatives from this scrmnning process do not necessariIy represent 
the op fiiriirni fetrlinology choice f i r  that dury cycle fami&, Rather, they reflect proxies for modeling 
yttrpos es. 

Other factors will be considered that will detennine the ultimate technology type (e.g. choices 
for “peaking” technologies: GE frame machines “E” or T“, GE LMSlOO aerderivative machines, 
etc.). The full list of screened supply options is included in Appendix C. 

alternatives were modeled in Strategist for each designated duty cycle: 
Based on the established comparative economic screenings, the following specific supply 

Peaking capacity was modeled as blocks of eight, 82 Mw GE-7EA Combustion Turbine 
units (summcr rating of 78.5 Mw x 8 = 628 MW), available beginning in 2019. Note: No 
more rhan one block could be selected per year. 
Interrtiediafe capucity was modeled as single natural gas Combined Cycle Q x 1 GE-7FB 
with duct frring platform) units, each rated 650 MW (613 MW summer} available begimhg 
in 2019. 
Baseload capacity burning eastern bituminous coals was modeled. The potential for future 
lcgislation limiting COz emissions was considered in selecting the solid fie1 baseload 
capacity alternatives. Two solid fuel alternatives were made available to the model: 
J 526 MW Ultra Supercritical PC unit (summer rating of 520 Mw) where the unit is 

installed with chilled ammonia carbon capture and storage (CCS) technology that would 
capture 90% of the unit’s CQ emissions. This option could be added beginning in 
2020. 

J 776 MW Integrated Gasification Combined Cycle (IGCC) ‘?I” Class unit equipped with 
CCS technology that would reduce 90% of the unit’s carbon emissions. This alternative 
could bc added by Strafegisi beginning in 2020 and; 

J Strategist could select an 800 MW share of a 1,606 M W  nuclear, Mitsubishi Heavy 
Industries (MHI) Advanced Pressurized Water Reactor (771 M X  summer) 

In order to maintain a balance between peaking, intermediate and baseload capplcity mwurces, 
only eight Combustion Turbine (CT) units could be added in any year. If the addition of eight CTs 

e 

In addition, beginning in the year 2022: 
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was not sufficient to meet reliability requirements in a particular year, the model was required to add 
either intermediate andor baseload capacity to meet the reliability targets. 

9.2.2 Demand-side Alternative Screening 

As described in Section 7, eighteen “blocks” of EE programs were available each year to be 
evaluated in Sfrzrtegisr over the 201 1-2015 period. There were also a total of twelve SO M W  blocks 
of DR that could be added (2-3 per year) over the 201 1-2015 period. In addition, there were a total of 
7 blocks of Integrated VoltagcNar (IW) control that could be added over the 2012-2018 period 
The economics of the DREEInrV blocks were screened in order to minimize the problem size of the 
full SIrategisr optimization. The DRlEEflVV blocks were evaluated under all of the economic 
scenarios described in Section 8. The results of this screening analysis showed that 560 MW of EE 
and 600 MW of DR were selected under all of the economic scenarios. In all economic scenarios, 30 . 

MW to I 10 M W  of IVV was selected depending on the economic scenario. 

9.3 Strategist Optimization 

9.3.1 Purpose 

Strategist should be thought of as a tool used in the development of potentially economically 
viable resource portfolios. It doesn’t produce “the answer;’’ rather, it produces or suggests many 
portfolios that have different cost profiles under different pricing scenarios and sensitivities. 
Portfolios that fare well under all scenarios and sensitivities are considered for further evaluation. 
The optimum, or least-cost, portfolio under one scenario may not be a low-cost, or even a viable 
portfolio in other scenarios. Portfolio selection may reflect strategic decisions embraeed by AEP 
leadership, including a commitment to DR/EE, renewable resources and clean coal technology. 
Strotegist results, both ‘‘optimum” and “suboptimum,” serve as a starting point for consmting model 
portfolios. 

For example, if a scenario dictates an unconstrained Strategist consistently picks a CT option to 
the point that such pcaking capacity is being added in large quantities, a portfolio that substitutes a 
650 MW combined cycle plant for eight, 82 MW CTs might be constructed and tested througb 
Strategist to see if the resultant economic answer (i.e., CPW of revenue requirements) is gignificantly 
different. Intervening in the algorithm of Straregist to insert some additional practical constraints or 
conform to an AEP strategy yields a solution that is more realistic and not injurimsly more 
expensive. The optimum or least expensive portfolio under a scenario may have practical lirylitations 

that Strategist does not take into full account. 

9.3.2 Strategic Portfolios 

Strategic decisions that were considered when constructing the underlying AEP-East resource 
portfolios include: 
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Renewable Resources: 
J On an AEP system-wide basis, to achieve 6% of energy sales from renewable energy 

sources by 2013,10% by 2020 and 15% by 2030. 
J Recognition of potential for a Federal RPS and mandatory state RPS in Ohio, Texas, 

Michigan, and West Virginia and voluntary RPS in Virginia.. 
Assumptions on “early mover” commitment to these GHG and renewable strategies 
J Limit exposure to scarce resource pricing. 
J Take advantage of current tax credit for renewable generation. 
J Reduce exposure to potential GHG legislation, as initial mitigation requirements unfold. 
J Plan to be in concert with other CO2/GHG reduction options (offsets, allowances, etc.), 

Consideration of increased levels of cost-effective DRiEE over 
previous resource planning cycles reflects additional state mandates, stakeholder desires for 
such measures, as well as regulator willingness in the farm. of revenue recovery certainty. 

As will be described, additional sensitivities were then contemplated to determine the effects of 
the optimum portfolios, as well as to build additional portfolios. The build plans that were suggested 
by Stmtegisf under the various scenarios and sensitivities are described in the following sections. 

m 

I Energy efficiency: 

9.4 Optimum Build Portfolios for Four Economic Scenarios 

9.4.1 Optimal Portfolio Results by Scenario 

Given the four fundamental pricing scenarios developed by AEP-FA from Sectrion 8.3, as well 
as the modeling constraints and certain planning commitments, Shztegisf modeling was used to 
develop the incremental portfolios identified in Exhibit 9-1: 

.. 
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Exhibit 9-I: Model Optimized Portfolios urzder Vurious Power Pricing Scennrios 

2010 
201 1 
2012 
2013 
2014 
2015 
2016 
2027 
2018 

2019 

2020 
2021 
2022 
2023 
2024 
2026 
2026 
2027 
2028 
2029 
2030 

Total Easl Svsiern Cast 
2010-2035 CPW (SM) 

2010. 2030 Levelized ($/MWh) 

Number of Units Added 
CT 
cc 
PC 

IGCC 
lkt!&aI 

Total Capacity (MW) 
Total Optimized DRlEEllW (MW Reduced) 

Business As Usual Case 
Optimization 

8 - 82 MW CTS, 
1 - 6 5 0  MW CC 

8 - 82 MW CT8 

8 - 82 MW CT6 

8 * 82 MW CT6 

119.139.648 
82.85 

32 
I 
0 
0 
0 

1,185 
3.274 

Stagnation Case 
Optimizetiin 

8 - 82 MW CTS. 
1 - 6 5 0  MW CC 

8 -82 MW CTS 

8-82MWCTs 

8-82MWCT6 

8-82MWCT6 

123,097,624 
88.35 

40 
1 
0 
0 
0 

3,g30 
1,265 

Reference Case 
Optimization 

8 - 82 MW CTs, 
1 - 650 MW CC 

8 - 82 MW GTs 

8-82MWCTs 

8.82MW CTa 

~ - B Z M W C T B  

134.133.179 
95.48 

40 
1 
0 
0 
I! 

3.930 
1,265 

Altruism Case 
Opbimization 

0 -82 MW CTS, 
I -660 ww cc 
8 -  82 MW CTS 

8-82MWGTs 

8-82MW CTS 

8-82MWCTS 

146,370,405 
103.68 

40 
1 
0 
0 
0 

3.c30 
1,265 

Sozrrce: AEP Resource Planning 

Notes: 

I) Became Renewable assets and a base level of incremental DR/EE/IVV are included in all porgolicls, 
Straiegist did nod represent them as incremental resources within these cornpatbe parljblw vims. 

The torut cupaciv of the supply-side additions assumes that the 540 MW Dresden CC' unit would become 
operatiotial in April 2013. 

The I R P  plwming horizoii extends to 2020 as represented by the horizonral h e .  For modeling purposes 
Strategist consttach pOr@iOS through 2030. 

2) 

3) 

9.4.2 Observations: 2019 Combined-cycle Addition 

As shown in Exhibit 9-1, all pricing scenarios added a CC unit in 2019. The CC addition is 
made because of the constraint imposed on the model that allows only a single block of 8 CTs to be 
added in any one year. Had the model been allowed to add as many CT blocks as economic, an 
additional block of 8 CTs would have been added in 2019 instead of the CC under all pricing 
scenarios. 
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9.4.3 Additional Portfolio Evaluation 

As an extension of the optimal portfolios created under the four pricing scenarios, several 
additional portfolios were tested, or developed around defined objectives. These portfolios were 
created with thc goal of examining the economics of portfolios created under factors and influences 
other than commodity prices, These portfolios can be defined as follows: 

> Retiremcnt Transformation Plan - Accelerate All “Fully” Exposed Unit Retirements to 
112016 and Retire All “Partially” Exposed Units between 1/2016 and 1/2020 

P No CCS Retrofits on Existing Units 
k Alternative Resource Plan - Enhanced Renewables and D R / E M  + Best “Contrary” 

Nuclear Plan 
> Green Plm - Alternative Resources Plan + Retirement Transformation Plan 

Exhibit 9-2 provides a summary of these partfolios under Reference Case conditions. 

Exhibit 9-2: Porlfolio Summary 

2009 
2010 
201 1 
2012 
201 3 
2014 
2015 

2016 

2017 

2018 

2019 

2020 

2021 

2022 
2023 
2024 
2025 
2026 
2027 

2029 
2030 

2028 

If&l Fasl Svstem Cosl Under Reference Price Sanarlp 

201 0 - 2030 Levellred (WMW hl 
2010-2035 CPW {SM) 

Number of Unlls AOU& 
CT 
cc 

Total Capaetty (MW) 
Total Optimked DSM (MW Reduced) 

w 

RaclremcnI 
Transformation Plan 

a - 165 MW cis, 
1-650MWCC 

8.165 MW CTS. 
2 - 650 MW CC 

6 - ’I65 MW CTs, 
2 -650 MW CC 

8 -  82 MW CTS 

8 - 82 MW CTs 

8 .82  W CTS 

136.035,511 
9.72 

48 
5 
0 

7,786 
1,265 

90 ccs RehofIts on 
Existing unlts 

6 - (65 MW Cfs. 
1 - 650 MW cc 

6 -  82 MW CTS 

6 -82  MW CTs 

8 - 62 MW CT8 

135,638,030 
9.73 

32 
1 
0 

1,265 
3 5 4  

Altmatlve 
Resource 

Plan 

- 165 h4W CT! 
1-650MWCC 

B -82 MW CTr 

1-800 MW Nuk 

6 - 82 MW CT! 

8-82MWCTI 

138.1 l!j,V47 
9.72 

32 
1 
3 

4,074 
1.703 

Gmon Pian 

9 - a2 MW CTS 

- 165 MW CT8. 
1 - 6 9  MW CC 

- ?66 MW CTE, 
2-650MWCC 

1-800 MW ~ u k e  

e - e2 LOW CTS 

8 - 82 MW ms 

197,198,614 
9.83 

40 
4 
1 

6,680 
1,703 

9.43.1 CCRetirement Transformation” Plan 

“be objective behind examining this portfolio was to determine the increased cost of a portfolio 
that accelerated the retirement of all ‘TuHly Exposed” units and the retiremeat all of the “Partially 
Exposed” units that were scheduled to receive emission retrofits. In all other cases, several of the Full 

- - 
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Exposed units had retirement dates that occurred after 2016. In the Retirement Transformation Plan, 
those retirements that were profiled to occur from 201 6 through 2019 as part of the Unit Disposition 
analysis described in Section 3 were accelerated to January 2016. In addition, the Partially Exposed 
units were assumed to be retired on the date they were originally profiled as part of the same 
disposition process to receive emission retrofits. 

9.4.3.2 “NO CCS Retrofitrr” Plan 

In all other pricing scenarios but Business As Usual, approximtely 3,700 MW of existing AEP- 
East solid-he1 units were assumed to be retrofitted with CCS technology. When CCS retrofits were 
installed, COS “Bonus Allowances” were awarded to AEP to offset the cost of installing the CCS 
retrofits.” In this portfolio, tbe objective was to determine the increased cost of COz emission 
exposure by not performing the CCS retrofits and obtaining the Bonus Allowances. Instead, AEP’s 
entire solid-fucl generating fleet would be subject to the assumed COz emissions cost under each 
pricing scenario. 

9.43.3 “Alternative Resource” Plan 

The Alternative Resource Plan was created by combining: 
> Increasing the levels of renewable energy resources and DRiEE/IW added to the 

system by a relative magnitude of fifty percent, and; 
?+ The “Best” Contrary Nuclear Plan, which was the best “sub-optimal” plan estsblished 

by Sfrategist that included a nuclear baseload resource.. 

Thc renewable energy targets set for chis scenario require that 60/0 of system-wide energy sales 
be met with renewable energy resources by 2013, 15 percent (versus 10 percent) by 2020 and 
22.5 percent (versus 15 percent) by 2030. The timing of the nuclear unit addition in the 
Contrary Nuclear Plan was established during the initial optimization analysis as the “optimal” 
point in time in the early 2020s to add Nuclear baseload capacity. 

9.4.3.4 “Green” Plan 

The Green Plan was created by combining the Retirement Transformation Plan and the 
Alternative Resource Plan The purpose of creating the Green Plan was to test the economics of a 
portfolio with very Low emissions profiles by introducing the accelerated retirement of solid fwel 
units, increased levels of renewable energy aud DR/EE/IW and the addition of a low emitting 
nuclear unit. 

A summary of the Optimal Portfolio and Additional Portfolio plan’s costs ovex the full (2010- 
2035) extended planning horizon, and under the various pricing scenarios is shown in Exhibit 9-3. 

I ’  “BUIIUS Allowances” designed to incentivize commercial development of CCS technology have been 
incorporaled as part of the House-approved Waxman-Markey Bill as well as comparable Senate legjslatian 
currently under discussion. .. 

90 



SUPPLEMENTAL Awendix 2 
Page 115 of 169 

AEP-East 2010 Integrated Resource Plan 
, - . .- .- __-__I_._____ 

Exhibit 9-3: Optimizeti Piun Results (201 0-2035) Under Various Pricing Scenarios 

AEP East 2010-2035 CPW ($000) 

Pricing Scanaria 

NO Camon 
lslatlon t 

iatlon 

"BAW-(tt) LOW 

(NoCCS) 

Source: ABP Resource Planning 

9.4.4 Market Energy Position of the AEP East Zone 

The AEP-East fleet is projected to undergo a change in its operational m i x  particularly 
beginning in the year 2015 as older coal units retire. This leaves a smaller number of units available 
to serve a baseload function. This could exposc the AEP LSEs to market prices and would cause 
them to become, in effect, "price takers" fiom the market. The probability of this occurring in a 
potential portfolio is reduced when AEP maintains a minimum net market (enepgy) position of 
approximately 10% of its annual energy requirements, or 12,000 GWH. Exhibit 9-4 shows that each 
of thc portfolios evaluated meet this criteria. 
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Exhibit 9-4: Aiinual Energy Position of Evaluated PoHfilws 

35.000 

30,000 

s 25.000 

~ 20’ooo 
15.000 

5.000 

0 
2009-13 2014.-18 2019 2020 2021 2022 2023 2024 2025 

= Wbrid I Besa Oollmal E Coal P Enhanced Renew ebks I Green I 

9.4.5 Portfolio Views Selected €or Additional Risk Analysis 

The following summarizes the six poxtiolio views as set forth by the discrete AEP East capacity 
resource modeling performed using Strategist that were analyzed fUrther in the Utility Risk 
Simulation Analysis (URSA) model described in Section 10. 

k Reference Pricing Case Optimal Plan (Base Plan) 
k Business As Usual Pricing Case Optimal Plan (No COz Plan) 
P Retirement Transformation Plan 
> No CCS on Existing Units Plan 
> Alternate Resources Plan 
P “Green Plan” 

These resource portfolio options created in Strategist and their revenue requirements offer 
modeled economic results based on specific, discrete “point estimates” of the variables da t  could 
affect these economics. These portfolios were evaluated over a distributed range of certain key 
variables jn URSA, which provided a probability-weighted solution that offers additional insight 
surrounding relative cost/price risk. 
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10.0 Risk Analysis 
The six portfolios identified in Section 9 that were selected using Strategist and the Hybrid plan 

were subjected to rigorous “stress testing” to ensure that none would have outcomes that would be 
deletcrious under a probabilistic array of input variables. 

10.1 The URSA Model 

Developed internally by AEP Market Risk Oversight, the Utility Risk Simulation Andysk 
(URSA) model uses Monte Carlo simulation of the AEP East Zone with 1,399 possible futures for 
certain input variables. The results take the form of a distribution of possible revenue requhment 
outcomes for cach plan. The input variables or risk factors considered by URSA within this IR.P 
analysis were: 

natural gas’prices, 
0 umniumprjces, 
0 powerprices, 
0 emissions allowance prices, 

full requirements loads. 

Eastem and Westcrn coal prices, 

steam and combustion units forced out. 

These variables were correlated based on historical data, 

For each plan, the difference between its mean and its 95th percentile was identified as Revenue 
Requirement at Risk (RRaR). This represents a level of required revenue sufficiently high that it will 
be exceeded, assuming that the given plan were adopted, with an estimated probability of 51) percent, 

Exhibit 10-1 illustrates for one plan, the “Hybrid Plan,” the average levels of some key risk 
factors, both overall and in h e  simulated outcomes whose CumuIative Present Value (CPV) revenue 
requirement is roughly equal to or exceeds the upper bound of Revenue Requirement at Risk. Note 
that thesc CPV’s are consistent with the CPW values calculated using the Stmtegist tool. The table is 
specific to the Hybrid Plan, but the numbers would be very similar under the other plans. (The 
particular alternative futures producing the highest levels are not necessarily the same between 
different plans.) 
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33% 23.67% 14.33% 5% Probability of occurrence, Percent 
Capital Cost Variance: 5% 19% 

Solid-fuel Units -15% -7.5% Base 13.33% 27% ’ 40% . 
Gas-fuel Units -1 0% -5% Base 6.67% 13.33% 20% 
Nuclear Units , -15% -7.5% , Base , 16.67% , 33% . 50% 

.- 

Exhibit 10-1: Key Risk Factors - Weighted Means for 2010 

Source: AEP Market Risk Oversight 

The pricc of COz allowance, spot gas, and on-peak power prices is greater among the RRaR- 
exceeding outcomes, suggesting that they are critical sources of risk to revenue requirements. The 
relative difference between that “tail” and mean outcomes are 132.59%, 14.23%, and 9.28%, which is 
significantly greater than the relative difference of other risk factors. 

It might be assumed that the very worst possible futures would be characterized by high fuel and 
allowance prices and low power prices. But according to the analysis of the historical values of risk 
factors that underlies this study, such fbtures have essentially no cliance of occurring. Any possible 
future with high fuel prices would essentially always have high power prices. Likewise the risk factor 
analysis implies an inverse correlation between NOx allowance prices and some of the other risk 
factors that determine the tail cases, so that in these tail cases, the average NOx allowance price is 
actually less than the average across all possible f i m s .  

10.2 Installed Capital Cost Risk Assessment 

In order to further scrutinize the six plans under the 1399 possible futures, the impacts of 
lnstalled Capital Cost Risk on the URSA results were examined. A six-point capital cost distribution 
for each of the seven plans was created. (See Exhibit 10-2 for its basis.) In creating the distribution 
for each plan, the installed capital costs of all types of generating capacity were assumed to be 
perfectly correlated with each other. The fmed representation of installed capital costs in URSA was 
removed from each URSA output distribution and the resulting distributions were convolved with the 
installed capital cost distributions. 

Exhibit 10-2: Bmis of Installed Capifd Cost Distributioits 

Source: AEP Resoume Planning 
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AH Resc 
Green 

10.3 Results Including Installed Capital Cost Risk 

Exhibit 10-3 summarizes the Installed Capital Cost Risk-adjusted results for all six AEP-East 
plans. 

Exhibit 10-3: R&k -Anlusted CPW2010-2035 Revenue Rgrtiremerit ($ MiMhns) 

136,370 i 1621955 261585 
137,424 1 161,280 23,856 

INo CCS I 136.701 I 168.324 I 31.623 I 

Source: AEP Resource Planning 

Exhibit 10-3 shows reasonably consistent results across all plans modeled. These comparative 
results also suggest that, given the fueYgeneration diversity of the capacity resource options 
introduced into the analysis, the relative economic exposure would appear to be small irrespective of 
tlie plan selected. 

The three lowest-cost plans at the 50th percentile are the No COZ, Base Case, and Accelerated 
Coal Retirements. However, the lowest cost plans at the Revenue Requirement at Risk are the No 
COZ, Green, and Accelerated Coal Retirements. While the lowest cost plan at the 95& percentile is the 
No COZ p h ,  keep in mind that the No COz plan is not directly comparable to the other plans in that 
COZ costs are excluded. The plan was included to point out the expected cost of C@ legislation on 
ratepayers. As the exhibit shows, this impact ranges fiorn approximately $15 billion to $40 billion on 
a net present value basis, 

RRaR measures the risk relative to the 50th percentile, or expected, result of a plan. The plan 
with the least RRaR is not necessarily preferred for risk avoidance. Instead, low values of required 
revenue at extreme percentiles, such as the 95”, are preferred. 

The estimated distributions of revenue required under the seven plans are rather similar. 
Exhibits 10-4 and 10-5 show the superimposed graphs of all six distribution functions. Exhibit 104 
shows entire distributions; Exhibit 10-5 shows only the region at or above the 95th percentile. 



SUPPLEMENTAL Appendix 2 
Page 120 of 1 69 

AEP-East 201 0 integrated Resource Plan 
. - .  . . ~ ....---..-*___ . .. .. - .,.. ._-. ... I.. 

Exhibit 10-4: Distribution Function for All Portfolios 

AEP-EM 
3tlve Distribution Functions 
nu, I?,--- 

Overfayed Cumulatlve Distribution Functions 
All Plans Cum Ptob 

1.00 - 

0.90 - 

0.80 - 

105,000 125,000 145.000 165,000 185,000 205,000 225,000 
Millins of Dollars in Present Value 

-Bass Case (11) -Accel Coal Rei (62) -Alt Resc (80) 
''. Green (83) -No CCS (74) -No C02 (1) 

Satme: AEP Resource Plaming 
Exhibit 10-5: Distributiorz Function for All Portfolios at > 95% Probabilify 

Cum Prob 
1.00 ~ 

i 

AEP-East 
Overlayed Cumulative Distrlbutlm Functions 

All PkInS 

.- 

AEP-East 
Overlayed Cumulative Distrlbutlm Functions 

All PkInS 

115,000 135,000 155,000 175,000 195,000 215,000 
Millions of Dollars in Present Value 

-Ease Case ( 3  1) 
--Green (83) -No CCS (74) -No COZ (1) 

--Accel Coal Ret (62) -At Resc (80) 

Source: AEP Rasource Pdanning 
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10.4 Conclusion from Risk Modeling 

The Base Plan had the lowest cost at the 50% probability level but had the second highest cost at 
the 95% probability level (the Green Plan had the lowest). While the Green Plan has a lower aRaR at 
95% probability, it is significantly more expensive at the 50% probability level. The risk mitigation 
benefits of tbe Green Plan are tied to potential extremes in COz pricing, as indicated from the discrete 
modeling results from Strategist where the Green Plan is the preferred plan under the Alhvism 
pricing, but not under other pricing scenarios. 

The results indicate that AEP-East should continue to aggressively pursue addition of 
renewables and DWEE where regulatory support is provided, and to remain open to the possibility of 
the addition of nuclear capacity. Recent experience has shown that state regulatory bodies are under 
pi-essure from ratepayers to keep rates low, especially during the current economic climate, and as a 
result they may be reluctant to support efforts to increase energy diversity that are not required by a 
state or federal mandate if those initiatives cause near-term rates to increase. This may l i t  the levels 
of renewables and DFVEE that could potentially be employed in the resource mix. The levels used in 
the Hybrid Plan, while somewhat aggressive, are believed to be realistically achievable, 

The Hybrid Plan, developed using a more recent, lower load forecast, does not show the need 
for baseload capacity even after all proposed coal unit retirements occur, which would suggest that, at 
this point in time consideration of a nuclear addition is not warranted. Tbe URSA results show that 
the planned additions of CCS equipment on existing facilities, which is a component of the Hybrid 
Plan, produces a lower cost plan than excluding CCS. The addition of a full scale CCS equipment 
retrofit will be dependent first on the successful outcome of the Mountaineer pilot project and then on 
the federal incentives which are expected to be necessary to keep such retrofits at a reasonable cost to 
customers, 
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11.0 Findings and Recommendations 

11.1 Development of the “Hybrid” Plan 

Using the intelligence gained from the Strategist runs for various pricing and sensitivity 

0 While the IRP process was taking place, the Economic Forecasting group prepared a revised 
load forecast in April, 2010. The revised forecast reflected a downturn in economic 
conditions over AEP’s East service area and in turn, a reduction in AEP East’s peak and 
energy requirements compared lo the forecast used in the IRP process. The “April” forecast 
showed a reduction in energy requirements of 3% - 8% and a 5% - 10% reduction in peak 
demand over the planning period compared to the load forecast used in the IRP process. In 
recognition of the April forecast’s lower peak loads, the Hybrid Plan deferred the amount of 
capacity that had been added in the various IRP optimization runs. 
During the course of the 2010 IRP analysis, it became apparent that reducing the size of 
AEP’s significant carbon footprint would be necessary over the long-term due to the 
ernergiug likelihood of some level of CO, emission limits in the future. Based on the 
analysis performed within the No CCS Retrofit view, CCS retrofits were introduced into the 
AEP-East plan so as to accelerate this further migration to a reduced COz position. 
Due to the retirement of certain units that provide black start capability, the addition of 
quick-start CT capacity was accelerated to replace this function in certain opei-ating areas. 

Based on the array of discrete results from varying pricing scenarios and strategic portfolios, and 
the risk analysis described in Section 10, the Reference Case Optimal Portfolio was determined to be 
a reasonable basis for the development of the final AEP-East Hybrid Plan shown in Exhibit 11-1. 

sccnarios, an AEP-East “Hybrid” plan was created that priniarily focused on the following: 

As stated above, during the development of the Hybrid Plan the tinning and number of units 
added in the Reference Case Optimal Plan was adjusted to reflect the reduction in peak ioads found in 
the April 2010 revised load forecast. In addition, the CCS retrofits assumed in the majority of the 
optimization runs were included in  the Hybrid Plan. The reduction in peaking requirements with the 
April load forecast allowed the number of peaking resources to be reduced fiom 28 in the Reference 
Case to 16 in the Hybrid Plan, however an intermediate resource was added in place of eight of these 
CT’s to diversify the energy mix. 

The Hybrid Plan identifies thermal capacity additions by duty cycle. With the exception of 
committcd capacity additions, such as Dresden, or enhancements to existing resources, such as the 
Cook uprate, the thennd capacity identijied is intended to represent “btocks” of cupacify thutjt that 
duty cycle nttd do not imply n specific solution OF co&girution. 

The selcction of the Hybrid Plan reflects management’s commitment to a diverse portEolio 
including renewable energy alternatives and demand reductiodenergy efficiency. This resource 
portfolio compares favorably to other portfolios when subjected to robust statistical analysis, 
providing low reasonable life-cycle cost on average, and relatively low risk to its customers, Other 
benefits include: 
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Keeping coal as a viable fuel in a carbon-constrained world through the use of CCS 
technology. AEP service temtory encompasses some of the most prolific coat producing 
regions in the nation. AEP’s steeped history and core competency surrounding coal-based 
generation would also naturally support such a commitment. 
With mandatory Renewable Portfolio Standards in force in Michigan, West Virginia, and 
Ohio, and a voluntary standard in Virginia, securing wind power ensures that AEP will be 
well positioned to achieve those standards. 
Increased DWEE, consistent with state objectives, assuming customer acceptance and fill 
and contemporaneous rate recovery, could offer an effective means to reduce demand, 
energy usage, and as a result, our carbon footprint. 
Ability to meet emission caps set forth in the NSR case Stipulated Agreement. 

* 

Exhibits 11-1 through 11-3 offer a summary of the Hybrid plan and the resulting AEP-East 
geiierating fleet from capacity and energy mix standpoint. From an environmental stewardship 
perspective, note that Exhibit 11-2 shows the respectivc AEP-East fleet continues to migrate to a 
lowcr carbori emitting portfolio. The most significant take-away, as shown in Exhibit 11-3, would be 
that, iii 2020 and 2030, the plan relies more heavily on renewable resources and nuclear and less on 
baseload coal to meet its needs. 
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Exhibit 11-1: Hybrid Plan 
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Currenl AEP Generation Fleet 
Energy 

2020 AEP Generalion Fleet 
Energy 
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’ Solar 
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2030 AEP Generation Flee1 
Energy 
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THERMAL 

Peaking/ lnlerrnedlatef 
Baseload 

1,685 

11.2 Comparison to 2009 IRP: 

Thc 2000 1 R P  for AEP-East recoinincndcd a slighrly diffcrcnr biiild profile tlla11 thc ctii-reiit 
10 10 IRP. Tlic most notablc differoncc bctwccii the two plans is ihat tlic flcct capacity rcdirctions 
associated w.itli retiring oldcr coal fired units iiow coticludes in  20 1 g versus 2023 i i i  the 2009 Pla11. 
PLIsc)~ h4usliinpu1~ Rivcr 5 is espcctcd to rctirc i n  201 5 ra11icI than bc rctrofittcd wit11 an FCD system. 
This increases thc fossil capacity l o  be rcmovcd ti.0111 scivicc duriiig the ncxt decade. Total IICW 

thonnal capacity i-emains unchanged, altliougli the 2009 Plan included a 628 MW peaking facility in 
201 8 whjcl? lins bccii replaccd in the 201 0 l%~n with two 3 14 MW poakiiig racililics, m e  in 2017 and 
onc in 30 IS. Thcsc facilities arc requircd primarily for systcm rcstoration, not pcakiug capacity. 
Rene~;riblc gcncration soiirccs ;trc gcnerally consistent with thc 2009 Plan, however new DSM has 
incrcascd. This 20 10 Plan also introduces Volt/Var Control tcchnology to rcducc cnnsuimptioi~. A 
summary ofrhc plan diffcreices i s  prcscntcd in Exhibit 11-4. 

Exhibit 11-4: Cvrnpitfsotz qf'20lO IRP IO 2009 IRP 

I Planned Resource 
Reductlons 
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12.0 AEP-East Pian Iniple~neiitation 6t Conclusions 
Oiicc the recommmidcd overall AEP-East r e s~~~ i rcc  plan \vas sclccicd, i1  \vas 1 ~ x 1  evaluated fiom 

rhc pcrspeotiw of its implciiicntatior~ i~crtxs thc region’s live iiieinber coaipanies. This proccss 
invol\.cd ccinsidcmt ion of: 

Specific operating company rcsource assigai.nciitlajlocatio~is bascd 011 rclativc capacity 
pasjtions: and 
Altcndanl capacity scttlciiicnt (*‘Poo1’’) cffucls. 

* 

12.1 A’El’-East-C)\:e~~ie~~ of Poteiitial Resource Assignment by Operating Company 

As dcscribcd tl~roughout this report. thc rccomnieucled resource plan for AEP‘s Eastern (PJhI) 
701’iC w a ~  formulated on a rcgion-wiclc view? recognizing that AEP plans and opemtcs its eastern fleet 
011 an intcgratcd basis. as  outlined in thc ,4EP Intcrco~~ncctjon (“Pool”) Agrccmcnt. As spccified in 
tlic Pool .4greeii~en~ ~cacli Mciiiher Coinpaii)) (,4PCo, CSP. ISrM. KPCo 6r OPCo) is required to 
provjdc ;in equitable contribution lo thc inercincntal capacity rcsowcc rcquircmcnts of AEP-East. 
This coiilrj bution lins bccii historically bascd on its rclativc pcrccntagc surplus/dcficit reserve iiiar&iii 
of each company. 

Exhibit 12-1 idcntifics tlic resul1ing Mcinbcr Coiiipany Rcscrsc Margins ovcr the next 20 years. 
As rcflcctccf i n  the charil, the result of this owncrsliip rcgiinciir SCIYCS 10: - Rcducc thc absolutc capacity dcficiciicy for cach Mcmbcr Coiiipaiiy 

Cause the rcscrve 1TlUgiliS of all Mcinbcr Coinpanies to begin to converge over the IO-year 
IRP period. 

.41so. Appendix ,I idcntjfies thc Meiiiber Conipniiy timing and type of new capacity-CT, D 
(Drcsdcii) CC. Biomass. W hid, - rcprcscnted in thc rccommcnded (“I lybrid”) AEP-€%st capacity 
rcsource plan. 



SUPPLEMENTAL Appendix 2 
Page 130 of 169 

AEP-East 20 10 Integrated Resource Plan 

I 

I . .  4 

f 
i 
f . .  
I " 



SUPPLEMENTAL Appendix 2 
Page 131 of 169 

AIIP-East 20 IO Inregrated Resource PIiW 

Capacity Settlement Benefits/(Costs) ($in Millions) - IRP Change , 

2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 
APCo 65 6 92 78 72 (6) 7 (11) 74 73 
CSP (,la) (30) 129) i32) I O  5a 62 104 177 238 
I&M (21) (25) i33) (17) 51 21 4 4 1  69 21 22 

OPCO (S31J 45 i34) (36) (155) (107) { l S l ] l  (239) (310) (3451 
Total 0 )  0 0 0 0 0 01 0 0 0 

KPCo 31 5 4 9 22 34 37 I 77 39 42 

- . .  
. I  .. , . . , , ., . . - 

, . .  
‘ . _ _ 1 _ _ ’  ’ ’ .. , .,,. , 

. ._ .. 

Technology 
Simple Cycle 
Combined Cycle 
Solid Fuels 
Nuclear 
Solar PV (e& 10 MW Juwi solar) 
Wind Farm 
Biomass Go-fire 

12.2 AEP-East “Pool’’ Impacts 

LTuder Lliu AE.P Pool Agrccincnt. capacity cost sharing is dctcriiiiucd by cach Memhw Company 
assuming its Mcmbcl- :[-’riinary Cupacity Rcscryyitioii shari. of Ilic oi;craIl (AW-East zonc) Systcin 
Primary Capacity (calciilarcd by iiiultiplying cadi Pv’fcnibcr Coinpany’s rcspcctive Nlember Load 
Ratio t LiI..R; by Ihc total Systeiii Primary Capacity). Coiiscqiieutly, as  iicw capacity is addcd or 
rcmovcd. a11 Mcinber Companics’ Capacity Sctthncnl payiiicnrs or rcceipts are changcd. 

Eshibit 12-2 suiiiinaii~cs the prqjectcd incrcoicntnl System Pool!C:apaoity Sciileiiient impacts to 
tlic AEP-East mile Mcmbcr Companies asstimcd in lliis fccomrnendcd 201 0 plan. While the largest 
portion of‘ the incremental capacity rcsourcc owicrship obligation for new capacity would be bonie 
by APCo, the incrcincn~al annual capacity pool “crcdits“ APCo would be, cumulativcly, S449 inillion 
by tlic end of 9020 

Eshiltit 12-2: J~wreiizei~~nf Cupucity SeiI‘Imiwt Inprrr~.s of the jrRP 

Approximate Lead Time [years) 
Permitting, license, design Construction 

1 I .5 
1.5 to2  2 
2 to 4 4 

4 5 
0.5 to I 1 
I to2 1 

0.5 to 7 0.5 

12.3 S e w  Capacity 1,ead Timcs 

While t k  I’CSOUI’C~ plan dosnibcd in this rcport covcl-s an cxtcndcd tiinc pcnod, the only 
iiii1~lci.uciitation~ti~)ii cornmitmcnrs for ~ h k h  a linn cotlselisus must bc drawn at this timc are those 
affcctiiig resources that are timcd IO enter service rou$ily “oiie lead-time” into the future. New 
generation lead timc nalur.dlly vai.ics dcpcndiiig upoii tlic rcsourcc type being con&mplalcd. 
Dcpcndiiig on siting, land ac.quisition. permitting, design. engineering: and constiuctioii rirnctablcs- 
and wjlelhcr ccrtain clcmeiits (c.g.. land or ycrinitting) are already in-place-such lead-timcs may vary 
as showii in Exhibit 12-3: 
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12,4 AEP-East lrnpleruentation Status 

1)  Wind Contracts (by 12/3 1/2010): Contracts have been signed for wind purchases for a total 
of 726 Mw (nameplate) on behalf of APCo (376 MW), CSP (50 MW), I&M (150 Mw), 
KPCo (100 MVV), and OPCo (50 MW). Regulatory approvals have been received for some 
of these contracts in four of the five states [Virginia, West Virginia, Indiana, and Michigan), 
however two states, Virginia and Kentucky, denied inclusion of wind PPA costs. Virginia 
denied three contracts totaling 201 MW (Grand Ridge 11, Grand Ridge IlI, aud Beech 
Ridge), while Kentucky denied the 100 MW FPL Energy wind contract (Lee- Dekalb). No 
approval was sought or received in Ohio. 

2) DSM Jurisdictional Activity: 

Indiana: 

Included in the Phase II Order of Cause 42693 are rules dictating the process for the 
development and implementation of energy efficiency programs. I&M has several 
“core-plus” and “core” programs that have Commission approval are expected to be 
implemented in 2010. During 2010, “core” program will be transitionedto the 
State-wide third-party administrator. 

Michigan: . Energy Optimization (energy efficiency) and renewable standards are included as 
part of a comprehensive energy law enacted in 2008. 

On Dec. 19,2008, I&M filed with the MPSC intent to use the State Independent 
Energy Optimization Program Administrator to meet the requirements of the law. 

e 

Kentuckv: . Reestablished industrial collaborative process to begin offering programs to serve 
this customer class. 

Ohio: 

= Three-yew program plans filed in 2009 (Case No. 09-1090-EL-POR) for 
compliance with S.B. 221. 

-~ - 

West Virginia: 

APCo filed for a three-year program for energy efficiency in June, 2010 and is 
awaiting a ruling from the Commission. 

3) Dresden CC Unit (2013): The partially built, 540MW (summer) unit has been pmchased. 
Completion of construction is scheduled prior to June 1,2013. 

4) NG Combustion Turbines (2017 and 2018): Given the uncertainty surrounding efforts (or 
ability given the current RPM protocol) to either: 1) purchase PJM market capacity in the 
future; or 2) identify opportunities and acquire additional distressed assets, steps will 
ultimately need to be undertaken internally to evaluate Greenfield or Brodeld-site 
construction of CT capacity in the East Zone. 
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The New Generation Development siting advisovy group has performed evaluations to 
establish a short-list, from a list of 40 potential sites-most of which are located in Ohio, 
Virgiaia, or West Virginia-originally identified by the group in April 2006. Such siting 
studies are intended to screen, score and rank potential CT or CC sites based on a 
multitude o f  factors and wilt be updated in the future as necessary. 
Getteration Assel Purchase Upporfimities: Although some years remain before concrete 
action would be needed to have a greenfield CT plant an by 2017, AEP continues to 
rnouitor the rcgional market for potential asset purchase opportunities. 

5 )  Solar (2010-2012): AEP-Ohio has a PPA for 10 Mw of solar capacity which began 
commercial operation in June, 2010. This will meet the solar benchmarks included in SB 
221 through 201 1. Solar benchmarks for 2010,201 1 and 2012 are 5 GWh, 15 GWh, and 29 
GWh respectively, as shown in Exhibit 2-3. 

To implement the recoinmendations included in this plan, significant capital expenditures will 
be required. As stated earlier, this plan, while making specific recommendations based on available 
data, is not a commitment to a specific course of action. 

12.5 Plan lrnpacts on Capital Spending 

This Plan includes new capacity resource additions, as described, as well as unit uprates and 
assumed environmental retrofits. Such generation additions require a signipcant investment of 
capital. Some of these projects are still conceptual in nature, others do not have site-specific 
information to perform detailed estimates; however, it is important to provide an order of magnitude 
cost estimate for the projects included in this plan. As some of the initiatives represented h this plan 
span both East and West AEP zones, Exhibit 12-4 includes estimates for such projects over the entire 
AEP system. 
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Exhibit 12-4: Incremental Capital Spending Impacts of the IRP 

Sousce: AEP Resource Planning 

It is important to reiterate the capital spend level reflected on the Exhibit 12-4 is ‘‘incremental” 
in that it does not include “Base”/business-assua~ capital expenditure requirements of the generating 
facilities sector or transmission and distribution capital requirements. Achieving this additional level 
of expenditure will therefore be a significant challenge going-forward and would suggest the Plan 
itself wilI reninit2 under cornstant evaluation and is subject fo change as, particularly, new AEP’s 
system-wide and operating company-specific ‘Capital Allocation” processes continue to evolve. 
Also, while the spend level includes cost to install Carbon Capture equipment, these projects are 
included & under the assumption that any comprehensive GHG/C02 bill requiring significant 

.. 
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reductions in COz emissions will include a provision to receive credits or allowances that would 
largely offset the cost of such equipment. 

12.6 Plan Impact on C o t  Emissions (“Prism”Anal’s~s) 
The Hybrid Plan includes resource additions that will result in lowering AEP’s carbon emissions 

over the next 20 years. By retiring older, less efficient coal fired units, increasing nuclear capacity at 
the Cook plant, adding wind and solar resources, adding carbon capture and storage to larger coal 
units, and implementing energy efficiency programs, AEP has laid oul a plan that is consistent with 
pending legislation and corporate sustainability . 

To gauge those respective COz mitigation impacts incorporated into this resource planning, an 
assessment was performed that emulates an approach undertaken by the Electric Power Research 
lnstitute (EPRT). This profiling seeks to measure the contributions of various ‘@rtfoIio” components 
that could, when taken together, effectively achieve such carbon mitigation through: 

* Energy Efficiency 
Renewable Generation 

b 

Nuclear Generation 
Fossil Plant Efficiency, including coal-unit retirements 

Technology Solutions, including Carbon Capture and Storage 
The following Exhibit 12-5 reflects those comparable components within this 2010 IRP as set 

forth as a multi-colored “prisni’’ that are anticipated to contribute to the overall AEP-East system’s 
initiatives to reduce its carbon footprint: 



AEP - EAST C 0 2  PROFILE 

GLsiness AS Usual Emissions 

17 URannwables DRebretrents D Uli!EE Cook Llpreles I NSR SO2 ! ~-..i : 

Hybrid Pian Ernlsslans 
CI CCS 
D Hya4d 

44.8 rvl 
Tonne 

(36.5%) 
Reduction 

12.7 Conclasions 

The rcconiincnclcd AEP-East capacity resourcc plan provides the lowest reasonable cost 
sidution throu~li a coinbinatiaa of traditional supply, renewable and demand-side resources. 
Thc most rccciit (April 201 0) "tonpcrcd" loacl growth: combiiicd with the complction of [he Dresden 
natural gas-combined cyclc facility, additional rcncwable resources, jncrcased DRt'EE initiatives, and 
llic propnscd capacity upratc of die Cook Nuclear facility allow AEP-East region to rncct its rescivc 
rcquircincnts u i t t i l  the 201 8-70 IC) timcti'amc, at which point modcling indicates iiew pcaking capacity 
will be rcquired. Other than thc aforeriientioncd D.C. Cook uprate, no IKW bascload capacity is 
rcquirccl over thc 10-ycar Plaiiiiiiig Period. 

TIic Plan also positioiis the AEP-East Operating Companies to achieve legislative or 
rcgulatoiy niandalcd statc rcncwable port b l i o  standards and ciiwgy efficiency requjrcmcnts, and scts 
in placc tlic framcwo~:k i o  tncct potential CO, r~ductioii targets and emerging U.S. EPA ivlemakiiig 
around HAPS aiid CCK at the intended lcnst reasonable cost to its customers. 

Tlic rcsourcc planiijnp proccss is becoming increasingly complcx given these uiiccrtajnties as 
well as spiraling tcclinological advancements, changing economic and other energy supply 
fundamentals, uiicci-tainty around dcinand and cncrgy usage patterns as \wl l  as customer acceptance 
f o r  cnibracing cfficiency initiatives. All of thcsc ut~ccnainrics necessitate flexibility in m y  on-going 
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plan. Moreover, the ability to invest in capital-intensive infrastructure is increasingly challenged in 
light of current economic conditions, and the impact on the AEP-East Operating Companies’ 
customer costs-of-servicelratcs wilt continue to be a primary planning consideration. 

Otficr than those initiatives that fall within some necessary “actionable” period over the next 2-3 
ycars, this long-term Plan is also not a commitment to a specific course of action, since the future, 
now more than ever before, is highly uncertain, particularly in light of the current economic 
conditions, the movement towards increasing use of renewable generation and end-use efficiency, as 
well as Icgislative and regulated proposals to control greenhouse gases and numerous other hazardous 
poll~itants.. , all of which will likely result in either the retirement or costly retrofitting of all existing 
AEP-East coal units. 

Finally, bear in mind that the planning process is a continuous activity; assumptions and plans 
arc continually revjewed as new information becomes available and modified as appropriate. Indeed, 
the resource expansion plan reported here reflects, to a large extent, assumptions that are cleat.ly 
subject to change. In summary, it represents a very reasonable “snapshot” of future requirements at 
this particular point in time. 
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Appendix A, Figure 1 Existing Generation Capacity, AEP-East Zone 

Plant Name 

Amos 
Amos 
Amos 
Chch River 
Clinch River 
Clinch River 
Glen Lyn 
Glen Lyn 
Kenawha River 
Kanawha River 
Mountaineer 
Sporn 
Sporn 
APCo Coal 

Ceredo 
APCo Gas 

APCo Hydro 
Summersvilis 
APCo Hydro 

Smith Mounlain 
Smith Mounlain 
Smith Mountain 
Smith Mountain 
Smith Mountain 
APCo Pumped Storage 

APCo Wind 

Total APCo 

Cardinal 
Cardinal 
Buckeye Coal 

Rooert Mane 
Buckeye Gas 

Total Buckeye 

Beckjord 
Conesville 
Conesville 
Conesviile 
Conesville 
Picway 
Stuart 
Stuart 
Stuart 
stuert 
Zimrner 
CSP Coal 

Walerford 
Darby 
Lewrenceburg 
Stuart Diesel 
CSP GaslOil 

CSP Wind 

CSP Solar 

Tola1 CSP 
iat .Aco&i'cd in Z.ZlJS 

AEP System - East Zone 
(fncludine Buckeye Power Capacily per Operating Agreement) 

Existing Generation Capacity as of June 1,2010 

Winter Summer SCR 
lndervice AEP Own/ Capabiiiiy Capability Installation 

Unll No 

1 
2 
3 
1 
2 
3 
5 
6 
-I 
2 
1 
1 
3 

1-6 

1-2 

1 
2 
3 
4 
5 

2 
3 

1-3 

6 
3 
4 
5 
6 
5 
1 
2 
3 
4 
1 

1-6 
1-6 
1-6 
1 4  

Date Contract 

1971 
1972 
1973 
1956 
1956 
1961 
1944 
1957 
1953 
1953 
1980 
1950 
1951 

2001 (e )  

Various 
2001 

(b) 
1955 
1965 
1980 
1966 
1966 

Various (e) 

1967 
1977 

2001 (d) 

1959 
1962 
1973 
1976 
1978 
1955 
1971 
1970 
1912 
1974 
1991 

2002 (a) 
2002 (e] 
2004 (e] 
1969 

Various (c) 

Various (9 

0 
0 
0 
0 
0 
0 
0. 
0 
0 
0 
0 
0 
0 

0 

0 
C 

0 
0 
0 
0 
0 

C 

(MW) 
APCo 
790 
790 
433 
235 
235 
235 
95 
240 
200 
200 

7.31 4 
150 
150 

5,067 

516 
516 

92 
26 
119 

66 
174 
105 
174 
65 
585 

58 

6.346 

IMWI 

800 
790 
428 
230 
230 
230 
90 
235 
200 
200 

1,299 
145 
145 

5,022 

450 
450 

50 
14 
6) 

66 
174 
105 
1 74 
66 
585 

45 
6,166 

Cardinal-Bucke ye 
C 
C 

C 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 
0 
0 
0 

C 
C 

595 
630 

1,225 

134 
134 

1,359 
CSP 
52 
165 
337 
400 
400 
109 
151 
151 
151 
151 
330 

2.388 

840 
507 

1.188 
3 

2,538 

7 

1 

4931 

565 
630 

1.215 

44 
44 

1,259 

52 
165 
337 
400 
400 
95 
151 
151 
15.1 
151 
330 

2.383 

610 
438 

1,120 
3 

2,371 

7 

2 

4,762 

Fuel Type 

Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 

Gas (CT) 

Hydro 
Hydro 

PSH 
PSH 
PSH 
PSH 
Psn 

Wlnd 

Coal 
Coal 

Gas (CT) 

Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 

Gas (CC) 
Gas Gas (CC) (CT) 

011 (Dlesel) 

Wind 

Solar 

Year 

2005 
2004 
2004 -- 

-- 
_- 
- 

- 
2004 _ _  
- 

- 

- 
- 

- 
- 
- 
- 
- 

2004 
2004 

- 
- 

Mo9 
201 5 
2015 

2004 
2004 
2004 
2004 
2004 

- 

2002 
2002 - 
- 

- 
- 

FGD 
Installalion Suoer 

Year 

2011 
2010 
2009 

2007 

- 

- 
- 

- 
- 
- 
- 

- 

2008 
2012 

- 

- 
- 

2009 
1976 
1976 

2006 
2008 

2008 
1991 

- 

zoo8 

- 
- 
- 
- 

- 
- 

Crlilcal Age 

Y 
Y 
Y 
N 
N 
N 
N 
N 
N 
N 
Y 
N 
N 

N 

__ 
-_ 
- 
_- 
_- 

__ 
Y 
Y 

- 

N 
N 
Y 
N 
N 
N 
Y 
Y 
Y 
Y 
Y 

N 
N 
N 
N 

I 

- 

39 
38 
37 
52 
52 
49 
66 
53 
57 
57 
30 
60 
59 
42 

9 
9 

9 
9 

45 
45 
30 
44 
44 
42 

43 
33 
36 

9 
Q 

41 
48 
37 
34 
32 
55 
39 
40 
36 
36 
19 
35 

8 
8 
6 
41 
7 

. .  
(bi Hydro capoccy IS med trt expected annual average ouinJt 
!C) Tke rApaMcily 01 t ie  Wind Eneigy Projwts are listed at the prellmlnary PJM credit. 13% of the nameplale capacity 
Id) The isled Mow capacity is the net mpad of the various contracts with BJckeye Power 
le) Acquired In 2097 by ACP Generating Co. CSP receivcs capacity and energyvia ayreerneot 
(f) The cupaciljr C'I the Solar Energy Projects are listed at tha oreliminary PJM credit. 6.67%(winter) and 38%(s~~1mer]  ut the nameplate capaclry 
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Appendix A, Figure 2 Existing Generating Capacity, AEP-East Zone (cont’d) 
AEP System - East Zone 

(Including Buckeye Power Capacity per Operating Agreement) 
Existing Generalion Capacity as of June I, 201 0 

Plant Name 

Rockpoit 
Rockport 
Tanners Creek 
Tanners Creek 
Tanners Creak 
Tanners Creek 
IBM Coal 

IBM Hydro 

Cook Nuclear 
Cook Nuclear 
IBM Nuclear 

IBM Wlnd 

Total l6M 

Big Sandy 
€419 Sandy 
Rockporl 
Rockport 
KPCo Coal 

Total KPCo 

Amos 
Cardinal 
Gavln 
Gavin 
K a m I n e r 
Kamrner 
Kammer 
Mitchell 
Mitchell 
Muskingum Riv6r 
Muskingum Rivar 
MUSklnQurn River 
Muskingum River 
Musklngum Rlver 
Sparn 
Sporn 
Sporn 
OPCo Coal 

Opco Hydro 

Opco Wind 

OPCo Solar 

Total OPCo 

Unli No. 

1 
2 
1 
2 
3 
4 

1 
2 

1 

1 
2 

9 - 

3 
1 
1 
2 
1 
2 
3 
1 
2 
1 
2 
3 
4 
5 
2 
d 
5 

Winter Summer SCR FGD 
In-Service AEP Own/ Capablllty Capability Installation Installation Suoar 

(MW) (MW) FuelType Date Contract 

1981 
1989 
1951 
1952 
1954 
1984 

(b) 
1975 
1978 

various (C) 

1963 
1 g69 
1984 
1989 

1973 
< 967 
1974 
1975 
1958 
1958 
1959 
1971 
1871 
1953 
1954 
1957 
1958 
2968 
1950 
1952 
1860 

1983 (b) 

Various (c) 

Various (e) 

0 
C 
0 
0 
0 
0 

0 
0 

C 

0 
0 
0 
C 

0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 
0 

0 
C 

C 

18M 
1,122 1118 
1,105 1.105 
145 145 
145 145 
205 195 
500 500 

3,222 3.208 

15 11 

994 972 
1,121 1.057 
2,115 2,029 

22 n 
4574 5,270 

278 273 
FJW 800 
148 197 
195 195 

1,471 1,465 

1,471 1,465 
OPCo 
a@ 857 
595 585 

1.320 1,315 
1.320 1.315 
210 200 
210 200 
210 200 
770 770 
790 790 
205 190 
205 190 
215 205 
215 205 
600 800 
150 145 
150 145 
0 0 

8,032 7.912 

26 20 

7 7 

1 2 

KPCQ 

8,084 7 , w  

Coal 
Coal 
Coal 
Coal 
Coal 
Coal 

Hydro 

Nuclaar 
Nuclear 

Wind 

Coal 
Coal 
Coal 
Coal 

Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
coal 
CUOl 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 
Coal 

Hydro 

Wind 

Sdar 

Year 

2017 
2019 

- 
- 

- 

- 

2004 
2017 
2019 

2004 
2004 
2004 
2004 - 
- 
- 

2007 
2007 
- 

- - 
2005 - 

- 
- 

trnlcal Age 

Y 
Y 
N 
N 
N 
Y 

- 

- 

N 
Y 
Y 
Y 

Y 
Y 
Y 
Y 
N 
N 
N 
Y 
Y 
N 
N 
N 
N 
Y 
N 
N 
Y 

- 

tb! Hydrocapacity IS rahd ai nxpesled annual ovcragu uutpul. 
IC: Thfi rai)3Cily of lho Witid Enwgy Projects arc listed at the prollminary PJM crcdit. ‘13% of Ihe nsmeplate capeclty 
111 T:IC i:Jilecity ul the Solar Ewrgy PrgCOls are listed at h e  prelir7inaryP.M credit. Fj.i?7%p~inlerl ano 3EZisunimer) of \be nameplate lapacity 

o L l  t . V .  A:Y-3asr (oxzl. OVEC) 27,546 26,863 
OVEC Purchase Enlillement 880 947 

* I  .;$,!.:>;,: .Eil5t 28,526 27,810 

Totals by type Cad 22,385 22,152 
Nuclear 2.115 2.029 
&dn, 755 680 

GaslDlesel 3.186 2,065 
Wind 93.30 80.30 
Solar 1.36 3.84 
Total 28.526 27,810 

26 
21 
59 
58 
56 
46 
32 

35 
32 
33 

47 
6f 
26 
21 
37 

37 

37 
43 
36 
35 
52 
52 
51 
39 
39 
57 
56 
53 
52 
42 
80 
58 
50 
41 

27 
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.4ppendix B, Figure 1 Assumed FGD Scrubber Efficiency and Thing  

I ( 1  Current Scrubber 11 I 

Notes: 
Assumed scrubber efficiencies per T. A. March (4123/10), Amos 1 per WSR (4/23/10) 
Delayed FGD in-service per MSCl0-3 maintenance schedule. thus delayed scrubber upgrade 1 month. 
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Appendix B, Figure 2 Assumed Capacity Changes Incorporatcd into Long Rangc Plan 
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Appendix C, Key Supply Side Resource Assumptions 

Base Load 

CFB (h) 585 26 0.07 0.070 210.3 80 90.7 
IGCC (%Class)(h) 630 24 0.01 0.057 205.3 85 87.5 
IGCC (‘H’Clsss)(h) 
NucIeer(US ABWR) 

mlv. Caal (Ullro-Supcrcriliil) (n) 618 24 0.07 0.070 206.3 85 80.6 1 
862 17 0.01 0.057 Z W 3  85 87.5 
1,606 M 0.00 0.000 0.0 90 94.0 I 

Base Load (W/. C02 Capture New Unit) 
pulu. Coal [Ultra-Supercritical) (h) 526 20 0.0708 0.070 20.5 85 89.8 
CFB (wl CCS. Amine. NOAKl(h1 497 30 0.0885 0.070 20.5 80 89.0 
IGCC C‘FClaSs. wl CCS. NOAK)(h) 535 28 0.0094 0.057 20.5 86 67.6 
IGCCCPClasS Wl2046 BiDmSQ. W/ CGS)(h) 482 31 0.0034 0.087 11.4 88 87.6 
IGCC (‘H’Class. W/ CCS)(h) 778 19 0.0090 0.W7 20.5 85 87.5 

lnbrmediate 
Canblned Cyck (1x1 GE7FA) 255 60 O.MO7 0.m8 116.0 25 a9.i 
Cmbined Cvcle (2x1 GE7FA. w/ Duct Firina) 621 60 0 . ~ 0 7  0.008 116.0 m 88.1 _. 
Cmbined +e j l X l  GE7FHj 
Cmbined Cyck (1x1 SWSOIG) 
Combined Cycle (2x1 GE7FB, w/ Duct Firing) 
Comblned Cycle (2x1 M701G) 

385 60 0.0007 0.W 118.0 25 89.1 
387 60 0.0007 0.W 116.0 25 89.1 
652 80 0.0007 0.008 116.0 Bo 89.1 
662 80 0.0007 0.008 116.0 Bo 88.1 

I Intormediate (90% COP Caplure Now Unit) 
Combined Cycla (2x1 GE7FB. v/ Amine scrubbing) 554 77 0.0007 0.008 11.6 60 89.1 

77 0.0007 0.W 11.6 60 88.4 Combined Cycle (2x1 M701G. wl Chilled Ammonia) 818 

Peaking 
Combuglbn Turblne (2XlGE7EA) 1W 57 0.0007 0.009 116.0 3 6Q.1 
CcmbusUon Turbine ( W l G R E A M  inlel CMllms) 164 58 0.0007 0.009 116.0 3 90.1 
Combustan Turbine (2XlGE7FA) 832 57 0.0007 0.009 116.0 3 90.1 
Combustin Turbine (WlQE7FA wl Inlet Chillas.) 332 58 0.0007 0.w9 116.0 3 90.1. 
Aerdlerkalive (1X GE LMBOOOPF) 48 80 0.0007 0.058 116.0 9 89.f 
AerhDerkalive (.(X GE LMBWOPC] 80 60 0.0007 0.058 116.0 BD 89.i 
Aero-Derivaliwe (1X GE LMS100PB. wl We1 Chillers) 98 59 0.0007 0.009 116.0 30 90.1 
Aero-Derkaliwe (2.X GE LMS100PB.  wl Wet Chillers) 1% $9 0.0007 0.009 116.0 3 80.1 
CAES Fadllly 3w €4 0.0007 0.008 116.0 47 96.0 

. 
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Appendix D, AEP-East Summer Peak Demands, Capabilities and Margins 
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Appendix E, Plan to Meet 10% of Renewable Energy Target by 2020 
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Appendix F, Figure 1, Internal Demand by Company 

2010 
2Qll 
2012 
2013 
2014 

2018 
2017 
2018 
2019 
2020 
2021 
207.2 
2023 
2024 
2025 
2026 
2027 
2028 
202B 
2030 
2031 
2032 
2033 
2034 

2036 
2037 
2038 
2039 

2015 

2035 

Nolcs: 

yu\R 

mi1 
2010 

201 2 
201 3 
2014 
201 5 
201 6 
mi 7 
mi 8 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
M3 1 
2032 
2033 
2034 
2035 
2036 
3 3 7  
2038 
2039 

8,887 
7,087 
7,465 
7,542 
7,603 
7,658 
7,673 
7,710 
7,762 
7,813 
7.842 
7.826 
7.982 
8.008 
8.044 
8.130 
8,185 
8,247 
8,288 
8.333 
8,398 
8.466 
8.508 
8.604 
8.641 
8.720 
8.745 
8,673 
8,955 
9,036 

7.008 
7220 
7.584 
7.862 
7,726 
7.785 
7.803 
7.628 
7.870 
7.931 
7.955 
8.041 
8.097 
8,109 
8.147 
8.W 
8,298 
8,359 
8,402 
8,441 
8,510 
8.579 
8,627 
8,726 
8.751 
8.836 
8,861 
8,995 
9,079 
9.169 

!&A 

6.1 02 
6.212 
6.726 
6,851 
6.978 
7,097 
6,912 
7,126 
7.174 
7,224 
7.247 
7.127 
7.181 
7.363 
7,418 
7,500 
7,555 
7,420 
7,456 
7.677 
7,740 
7.m7 
7.64 
7.741 
7.951 
8,024 
8,056 
8,174 
8,051 
8.132 

WAIACHIAN POWER COMPANY 
MONTHLY PEAK IINTERNAL DEMAND - (MW WIO EMBEDDED DSM 

JANUARY 2010 - DECEMBER 2039 

&?E 
5,236 
5,292 
5,625 
5,718 
5,789 
5,851 
5.880 
5,006 
5.949 
5.993 
6,011 
6,077 
6,121 
6,185 
6,2W 
8,289 
8.308 
8.352 
6,353 
6.467 
6.51 1 
6,557 
6,588 
6,635 
8,766 
6,788 

6.883 
6.835 
6.985 

6 m a  

lylBy 

4,677 
4,733 
5,131 
5,197 
5,235 
5,259 
5,283 
5,377 
5.417 
5,463 
5.488 
5.554 
5.605 
5,696 
5,725 
5,789 
5.835 
5,889 
5,931 
6,028 
6,080 
6,133 
6,173 
6,247 
6,346 
6,407 
8.441 
6,524 
6,583 
8.661 

JAN 

5,654 
5,810 
6,070 
6,163 
6,240 
8,301 
6.329 
6.390 
6.44 
6.501 
6,541 
6,618 
0,077 
8,737 
0,785 
8.W 
5.826 
5,992 
7.04-2 
7,119 
7.181 
7.255 
7.309 
7,389 
7,472 
7,550 
7.605 
7,708 
7.703 
7.875 

5,567 
5,587 
6,021 
6,112 
6,183 
6.238 

6.322 
6.378 
6.438 
6,480 
6,559 
8,6 19 
8,673 
8,722 
8,804 
6.866 
6.932 
6.9W 
7.055 
7,123 
7,192 
7,248 
7.338 
7,403 
7.483 
7.637 
7.642 
7.726 
7.810 

6.287 

6,006 
6,Ml 
6,486 
6,589 
6,671 
6,737 
8.768 
8.822 
6.082 
6.947 
6,992 
7,077 
7,i43 
7,i97 
7,250 
7,338 
7.408 
7,479 
7$24 
7,806 
7.661 
7.758 
7,818 
7,915 
7,983 
8,068 
8.130 
8.243 
8,334 
8.425 

6,284 
5,374 
5,737 
5.827 
5.897 
5,949 
6,878 
6,025 
8,080 
6,141 
6,183 
6,2W 
8,m 
6,367 
6,415 
8,448 
8.558 
6.622 
6.676 
6,735 
6,602 
6,872 
6,927 
7,015 
7,070 
7,149 
7,204 
7.305 
7.390 
7.471 

5,iM 
5,187 
5 9 2  
5.616 
5,655 
5,GE7 
5,695 
5.781 
6.827 
5 s  
5,889 
5.949 
6,989 
6,085 
6.108 
6.189 
8,207 
6 3 %  
6,271 
6,388 
6,430 
6,478 
6.504 
6,567 
6,679 
6,718 
6,753 
8,831 
6,888 
8.943 

5.750 
6,628 
6.170 
6,272 
6,397 
6,447 
6,481 
6824 
6.664 
6.593 
6.620 
6.690 
6738 
6,774 
Sa00 
6,875 
6.925 
6,976 
7.w5 
7,046 
7.106 
7.183 
7.Z1 
7.31 0 
7.397 
7,374 
7422 
7,594 
7,814 
7,80 

OEC - 
6,461 
6,687 
6,954 
7.Q74 
7.191 
7,304 
7,312 
7.382 
7.427 
7.470 
7.493 
7.584 
7,614 
7,673 
7.699 
7,776 
7.822 
7&74 
7,004 
7,087 
8,046 
8.103 
8.136 

8.291 
8,358 
8,381 
8,4&? 
8,588 
8.839 

a m  

8.001) 7,008 
6,041 7,220 
6,486 7.564 
6.589 7,662 
6,671 7.726 
6.73 7,785 
6 3 %  7.803 
8,822 7,829 
8,882 787Q 
6.547 7.831 
6.992 7.965 
7.0T7 8,041 
7,143 8,097 
7,197 8.109 
7,250 8,147 
7,339 8,234 
7,408 8345 
7,479 8,359 
7,534 8.402 
7,606 8.441 
7,081 8610 
7,766 8.679 
7.818 8,627 
7,915 8.726 
7.983 8.757 
8,060 8.034 
8,130 8.W 
8,243 8,ssS 
8,334 9,078 
8.425 9.169 
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3.422 
3.395 
3.428 
3.474 
3.497 
3.500 
3.499 
3,511 
3,518 
3.531 
3.533 
3.574 
3.589 
3.600 
3.610 
3.610 
3,664 
3.889 
3,706 
3,736 
3,763 
3,785 
3,821 
3,887 
3.899 
3.938 
3.961 
4,022 
4.069 
4,114 

3.390 
3.383 
3,392 
3.444 

3.488 
3,494 
3,503 
3,521 
3.5M 
3,546 
3.599 
3,616 
3.610 
3,613 
3,656 
3.683 
3.708 
3.718 
3.741 
3,769 
3.804 
3,824 
3.880 
3,891 
3.931 
3,945 
4,023 
4.068 
4,120 

3,4n 

3.101 
3.097 
3.212 
3.258 
3.294 
3.335 
3.214 
3 x 4  
3.32'4 
3,343 
3,347 
3.283 
3.303 
3,392 
3tw6 
3.4% 
3.454 
3,372 
3.394 
3,506 
3.533 
3.588 
3,475 
3,521 
3.639 
3.676 
3,834 
3,755 
3.678 
3,724 

2.766 
2.763 
2.774 
2.827 
2.853 
2.861 
2.877 
2.875 
2,830 
2,908 
2,919 
2.951 

2,960 
2.968 
2,994 
3,015 
3,038 
3,054 
3,052 
3,076 
3.104 
3.129 
3,170 
3.208 
3,242 
3,268 
3,315 
3,350 
3.397 

2.908 

3.517 
3.527 
3,577 
3,836 
3,871 
3,893 
3,707 
3,738 
3,762 
3,785 
3.803 
3,838 
3.857 
3.876 
3.896 
3,933 
3.966 
3,998 
4,021 
4,058 
4.094 
4.139 
4,178 
4.229 
4,266 
4,318 
4,362 
dd31 
4d88 
4.541 

3,724 
3,736 
3,783 
3,802 
3,674 
3,893 
3,898 
3,826 
3.MS 
3,871 
3,977 
4.007 
4 ,OZ 
4.050 
4,072 
4,104 
4,133 
4,184 
4,182 
11.235 
4272 
4.311 
4.345 
4,398 
4,616 
0,497 
4,537 
4,599 
6,856 
4,713 

4,139 
4.162 
4,196 
d 260 
4295 
4,315 
4,326 
4,357 
4,378 
4,397 
4,406 
4,438 
4.465 
4.491 
4510 
4,551 
4,588 
4829 
4 Ba3 
4.710 
4750 
4,800 
4 , w  
4,910 
4 9 w  
5,020 
5,087 
5,iAd 
5,212 
5,283 

4273 
4291 
4,333 
4 . a  
4rc38 
4.463 
4,471 
4499 
4,521 
a .w 
am 
4.578 
4803 
4628 
4.636 
4,682 
4.719 
4,759 
4,792 
4.641 
4.887 
4.940 
4 m  
5.640 
5,102 
5,163 
5218 
5.m 
5,365 
5.434 

3.519 
3.743 
3.783 
3 . m  
3.873 
3.901 
3,914 
3,946 
3,971 
3.993 
4,002 
4.023 
4.044 
4.067 
4,089 
4,116 
4.147 
4,180 
4,211 
4.250 
4.284 
4.325 
4.380 
4.414 
4,460 
A.512 
4548 
4.613 
4.610 
4,729 

29W 
2Q72 
2982 
3,036 
3,056 
3,071 
3,074 
3.088 
3,097 
3.108 
3.112 
3.121 
3,132 
3.144 
1152 
3,176 
3,196 
3,218 
3,233 
3.289 

3,257 
3.285 
3.323 
1364 
3,398 
3.425 
3.473 
3.514 
3,555 

3.285 

3,069 
3 . m  
3.210 
3,060 
3.076 
3.087 
3.209 
3,335 
3,315 
3.148 
3,143 
3,210 
3,279 
3.400 
3.199 
3,221 
3.235 
3,399 
3,376 
3,515 
3.340 
3,357 
3,473 
3,508 
3.656 

3.610 
3.659 
3.679 
3,715 

3,~m 

3,331 
3,337 
3.398 
3,4a2 
3,4% 
3.442 
3.w 
3,484 
3,472 
3,434 
3.m 
3.4m 
3.- 
3.550 
3.539 
3.568 
3.591 
3,815 
3,633 
3,678 
3,700 
3.733 
3.151) 
3,805 
3,m 
3 . m  
3,913 
3.9a 
4,017 
4,066 

4,273 3dP 
4291 3395 
4,333 3,428 
4,400 3.474 
4,438 3,497 
4,483 3,500 
4.471 3.499 
4,499 3,511 
4321 3,521 
4,544 3,514 
4,554 3,546 
4.578 3,599 
4803 3,816 
4,626 3.610 
4636 3.613 
4.682 3,656 
4.719 3,583 
4.758 3,708 
6.792 3,718 
6,641 3,741 
4.887 3,789 
4,$40 3,804 
4 m  3,824 
5,048 3,880 
5.102 3,8BQ 
6.163 3,9a8 
5236 3381 
5295 4,029 
5 3 5  4,089 
5.43 41m 
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AMERfCAN' 
E&ECllzlC 
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YEaa 

2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 

2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 

2020 

Appendix E', Figure 2, Internal Demand by Company 
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JAN rn luAR PJlR Jgy J& A% 5Ee g;I w QEGslLllmxyyhgtl 

3.817 
3,627 
3,908 
3.975 
3,989 
4,000 
3.998 
4.021 
4.040 
4.ofiz 
4,071 
4.107 
4,130 
4,147 
4,157 
4,194 
4.219 
4.242 
4.259 
4.288 
4,315 
4 3 4  
4,358 
4.404 
4.431 
4,465 
4,476 
4.526 
4,556 
4,584 

3,694 
3J05 
3,784 
3,850 
3,885 
3,876 
3.877 
3,898 
3,919 
3,941 
3,951 
3,986 
4,009 
4,024 
4,033 
4,071 
4.094 
4,116 
4.1 33 
4.160 
4,188 
4,215 
4,230 
4.274 
4.298 
4,332 
4,344 
4,392 
4,472 
4.450 

3,421 
3,432 
3,560 
3.822 
3,838 
3.650 
3.507 
3,669 
3,690 
3,710 
3,721 
3,701 
3,722 
3,788 
3,700 
3.833 
3.857 
3,823 
3,836 
3,910 

3,971 
3,928 
3.991 
4.049 
4,080 
4.102 
4.138 
4.084 
4.119 

3,963 

3,237 
3,253 
3,310 
3,375 
3.396 
3.412 
3.422 
3,422 
3#4a7 
3,d71 
3,075 
3,511 
3,537 
3.642 
3.552 
3.681 
3,609 
3,634 
3,561 
3,663 
3,685 
3.715 
3,74 1 
3.785 
3,787 
3.81 3 
3,830 
3,885 
3,917 
3,946 

3,222 
3,235 
3,332 
3.392 
3,409 
3.422 
3,424 
3.458 
3.487 
3339 
3 ,Si 8 
3,547 
3,568 
3.595 
3.610 
3.612 
3,663 
3,SrU 
3,695 
3,741 
3,785 
3.789 
3.801 
3.838 
3,876 
3*913 
3,926 
3,962 
3.989 
4011 

4,046 
4.085 
4.184 
4.234 
4,247 
4,260 
4,262 
4,292 
4,314 
4,330 
4,352 
4,3m 
4,420 
4.450 
4.487 
4.51 0 
4.541 
4,571 
4,593 
4.w 
4.670 
4.705 
4.728 
4.780 
4&= 
4.863 
4,887 

4.978 
5.013 

a , w  

4,438 
4,459 
4,558 
4.634 
4.842 
4.656 
4.656 
4.684 
4,707 
4.731 
4,746 
4,790 
4.823 
4.855 
4.878 
4,924 
4,950 
4894 
5,020 
5,067 
5.108 
X I  46 
5.173 
5.230 
5277 
5,323 
5,352 
541 1 
5455 
5496 

4A17 
4,439 
4,538 
4,614 
4,625 
4,640 
4,642 
4,672 
4.696 
4.720 
4,738 
4.780 

4.043 
4,866 
4,911 
4.446 
4,880 
5,008 
5,051 
5,090 
5,130 
5,158 
5,214 
5.258 
5,306 
5,336 
5,393 
5,437 
5.478 

4 m  

3,831 
X851 
3,043 
4.M2 
4021 
4.042 
4,047 
4.076 
4.093 
4.124 
4.139 
4,1718 
4.m 
4.232 
4.250 
4.291 
4,321 
4,350 

6,410 
4.443 
4.478 
4,501 
4.550 
4,687 
4,5n 
4,652 
4,701 
4,739 
4.773 

a,m 

3233 
3968 
3,310 
3.368 
3,400 
3.421 
3.436 
3,422 
3,447 
3,473 
3,489 
3,523 
3,548 
3.558 
3.574 
3.609 
3,634 
3,657 
3,678 
3,099 
3.727 
3.755 
3,775 
3.817 
3.835 
3,869 
3,891 
3,932 
3,962 
3,991 

3,257 
3,263 
3,372 
3,414 
3,420 
3.121 
3.427 
3,479 
3,491 
3.505 
3,502 
3,533 
3,554 
3.598 
3,688 
3,622 
3.638 
3,658 
3,673 
3,723 
3,740 
3.759 
3,764 
3,804 
3$81 
3BBJ 
3884 
3,917 
3.913 
3967 
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YV\R 

2010 
201 9 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
202A 
2025 
2018 
2027 

2029 
2030 
2031 
2032 
2033 
2036 
2035 
2036 
2037 
2038 
2039 

POZB 

&!AB 

1.403 
1,467 
1,471 
1.481 
1,492 
1,507 
1,508 
1,510 
1.517 
1.517 
1,512 
1,520 
1,524 
1,522 
1.522 
1,533 
1,538 
1,545 
1,546 
1.550 
1,557 
1,564 
1.567 
1,579 
1,579 
1,587 
1,583 
1.602 
1,610 
1,649 

EE& 
1.483 
1.545 
1,543 
1,548 
1,549 
1,554 
1,555 
1,559 
1.W 
1.568 
1.565 
1.575 
1 .Mu) 
1.580 
1,582 
1,593 
1,601 
1,600 
1,613 
1.617 
1,626 
1.634 
1,639 
1,651 
1,653 
1,663 
1,660 
1,682 
1,892 
1,703 

k w  
1.270 
1.289 
1,341 
1,372 
1 ,dl '1 
1,458 
1 *4Q2 
1,482 
1.469 
1.474 
1.473 
1,422 
1,430 
1,486 
1.431 
1,503 
1,510 
1,158 
1,163 
1.527 
1,536 
1.545 
1.487 
1 .m 
1.564 
1 f i4  
1,831 
1,593 
1,538 
1,550 

9PR 
1.103 
1,111 
1,120 
1,138 
1,157 
1,101 
1.184 
l.lB0 
1.187 
1.193 
1.195 
1.207 
1,215 
1,213 
1216 
1328 
1237 
1245 
1250 
1268 
1264 
1272 
1276 
1987 
l 2 W  
1,303 
1,301 
1,318 
1,327 
1.338 

w 
977 
982 
997 

1.018 
1,023 
1.018 
1.011 
1,021 
1,026 
1,043 
1,039 
1,043 
1.046 
1,062 
1,075 

1,085 
1.090 
1.089 
1.113 
1,126 
1,131 
1,129 
4,136 
1,157 
1.168 
1.171 
1.180 
1.186 
1.192 

I .oei 

dllb 
1,088 
1,108 
1,122 
1,144 
1.160 
1.168 
1.168 
1.174 
1,179 
1,184 
1,185 
1,195 
1 ,aoJ 
1,210 
1,215 
1,226 
1,236 
1,244 
1.250 
1,261 
1,270 
1,279 

1,297 
1,307 
1,318 
1,321 
1.338 
1.347 
1,357 

i,m 

3 

1,168 
1,184 
1.169 
1,173 
1.175 
1.177 
1,177 
1,180 
1,166 
1,193 
1,198 
1,206 
1,214 
1,218 
1225 
1 , m  
1,246 
1.256 
1264 
1,271 
1,281 
1,291 
1,299 
1,312 
1.317 
1.328 
1,334 
1,350 
1,362 
1.374 

Bup 

1,260 
1.257 
1382 
1.267 
1.272 

1.277 
12n 
1263 
1.290 
1.294 
1,305 
1,315 
1316 
1,323 
1,336 
1,348 
1.359 
1.567 
1,372 
1,383 
1,395 
1,403 
1,417 
1,420 
1.433 
1,439 
1,457 
1,471 
1.480 

i ,278 

&f 
1,032 
1,047 
1,056 

1.084 
1.089 
1.090 
1.0B7 
1.1 03 
1,110 
1,107 
1 .I 17 
1 .I 26 
1.154 
1,141 
I,ld6 
1,155 
1.106 
1,173 
1,184 
1,194 
1.196 
1,204 
1,216 
1,227 
1,238 
1,236 
1,251 
1,263 
1.277 

1.078 

pE3: 

1,DW 
1,013 
1,021 
1,031 
1,036 
1,040 
1,040 
1,053 
1,056 
1,061 
1,062 
1,071 
1,077 
1.091 
1.093 
I ,102 
I ,108 
1,115 
1.119 
1.137 
1.142 
1.149 
1,153 
1,182 
1,179 
1.185 
1,188 
1,199 
1,207 
1,215 

1,185 
1.146 
1,242 
1231 
Ips 
1.283 
1.281 
1,340 
1.308 
1.305 
1,289 
1.304 
1.308 
1.378 
1,325 
1,334 
1.338 
1.342 
1.342 
1.363 
1,388 
1.373 
1,375 
3,385 
1,473 
1,410 
1.403 
1.420 
1,428 
1.438 

3,548 
3,556 
3,623 
3,615 
3,707 
3,723 
3,m 
3,685 
3.784 
3,711 
3,719 
3 , 7 9  
3,773 
3,782 
3,808 
3,840 
3.8Q 
3.884 
3,885 
3,936 
3,959 
3.985 
3.889 
4.091 
4.058 
4.104 
4.117 
4.161 
4.189 
4215 

RES 
1,374 
f S 5  
1.416 
1 .Me 
1.492 
1.542 
1.541 
1.551 
1.557 
1.558 
1.655 
1.662 
1,567 
1.W3 
5 . m  
1.504 
1.590 
1 .BB8 
1.638 
1.611 
1.616 
1.625 
1 .m 
WEJ 
1W 
1.656 
1.653 
1.671 
1.w 
1.890 

. 4 g 6  
4 w 
4,550 
4,834 
4,542 
4,856 
4,656 
d ,684 
k.707 
Ob31 
d.746 
4,790 
4 W  
4,855 
tl,875 
4,924 
4,960 
4,994 
6,020 

6,106 
6,146 
5,173 
6330 

6,323 
5,352 
6,431 
6,456 
5,4495 

6,am 

5377 

3.617 
3,827 
3,900 
3.975 
3.9w 
4.000 
3,998 
4.021 
4,040 
4062 
4071 
4.1 07 
4130 
4,147 
4.1 57 
4.194 
0.219 
4242 
4,269 
4286 
4,315 
43M 
4358 
4404 
4.431 
4.455 
4,476 
4,526 
4,556 
4 * w  

§!4nuRa 
1.260 
.1,257 
1,282 
1,267 
1,272 
1.276 
1,277 
1,277 
1.283 
1.290 
1,294 
1,306 
1,316 
1.318 
).323 
1,336 
1,346 
1,358 
1.367 
1.372 
1.363 
1.395 
1,403 
1.417 
*An, 
1 d33 
1,439 
1,657 
1.471 
1.484 

YyIPLoL 

1,483 
w15 
7,543 
'1,548 

1,554 
1,555 
1,558 
1,bW 
1,688 
1,505 
1,576 
1,580 
1.580 
1.582 
1,593 
1,801 
1.808 
1.813 
1.617 
1.826 
1,634 
1,639 
1,651 
1.653 
1.683 
1,060 
1,862 
1,892 
1.7w 

Nolnr LDeU FOrccasl pcr J. M. Honifi (Wwllm Demands do n& dsd a raduabn b r  PJhl mr(l(nal IDDW~ OR m f l a i  m a n d e d  mmnluian appmred 
and Incraontal DSH prwramo for WCo. CSP. ISM. KPCo E. OPCm 
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2020 
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2022 
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2028 
2030 
2031 
2032 
2033 
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2035 
2036 
2037 
2038 
2039 

mw 

JAN - 
4,786 
4.825 
4.487 
4.552 
4,588 
4,609 
4,618 
4,641 
4,655 
4,675 
4,676 
4,715 
4,736 
4,750 
4,753 
4,784 
4.806 
4,629 
4.843 
4.871 
4.893 
4.919 
4.928 
4,968 
4.992 
5,020 
5,027 
5.082 
5,122 
5,155 

FEB - 
4.550 
4.w3 
4268 
4,332 
4,370 
4,395 
4.407 
4 M 8  
4.443 
4.466 
4,468 
4,511 

4,501 
4,541 
4,576 
4,598 
4.621 
4,831 
4.656 
4.678 
4.703 
4,709 
4,753 
4,770 
4,796 
4,801 
4,658 
4,896 
4.931 

4.533 

Appendix F, Figure 3, Internal Demand by Company 
OHIO POWER campmy 

MONTHLY PEAKINTERNAL DEMAND -4MWl W/OBIoEEDDED DSM 
JANUARY 2010. DECEMBER 2039 
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4.375 
4.425 
4.186 
4.254 
a.291 
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4.289 
4,349 
4.366 
4,388 
4,393 
4,387 
4,410 
4,460 
4,465 
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4,517 
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4 . m  
4.572 
4.595 
4.621 
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4,624 
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4,711 
4,813 
4,773 
4,763 
4.787 

rn 
3,950 
3,995 
3,728 
3,795 
3,035 
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3,891 
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3,935 
3,049 
3,988 
4,011 
4,004 
4,011 
4,042 
4,084 
4,068 
4,107 
4.111 
4,132 
4,157 
4.170 
4,210 
4,210 
4.238 
4,251 
4.299 
4.336 
4.369 

t&?x 
4.115 
4,148 
3,901 
3,959 
3,912 
4.019 
4.m 
4.062 
4,080 
4,102 
4,110 
4,141 
4,161 
4,180 
4 ,I 87 
4,218 
4.238 
4,260 
4.276 
4.305 
4,327 
4.353 
4,368 
4,402 
4,dn 
4,553 
4.472 
4,516 
4,553 
4.586 

&!M 
4,709 
4.745 
4,466 
4,528 
4,506 
4,595 
4.609 
4.840 
4.659 
4.885 
4.691 
4.724 
4,747 
4,772 
4,781 
4.814 
4.838 
4.865 
4.884 
4,921 
4,968 
4,977 
4,593 
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5,091 
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5,150 
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5,393 
5,440 
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5,591 
4642 
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5.059 
4.744 
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4,841 
4,671 
4,882 
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4.969 
5,014 
5,036 
5.618 
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5,231 
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5.564 

%E 
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4,580 
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4.624 
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3.614 
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3,709 
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3,743 
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3.797 
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3,814 
3,835 
3849 
3.883 
3,882 
3,905 
3,918 
3.836 
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3,964 
3,999 
4,017 
4,020 
4,048 
4,OS 
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4,115 
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4.188 
4,212 

w 
4.241 
4.280 
4.076 
3,662 
3.911 
3,9938 
4.188 
4,m 

4,016 
4,013 
4,287 
4.302 
4.389 
4,083 
4,106 
4,118 
4,394 
4,402 
4.477 
4.206 
4,222 
4,481 
4,523 
4,620 
4,615 
4,321 
4.360 
4,889 
4.697 

4,na 
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2021 
2022 
2023 
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2030 
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2035 
2036 
2037 
2038 
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MONTHLY PEAK INTERNAL DEMAND'-jMkVi Wn, EMBEDDED OS m 

JANUARY 2010 - DECEMBER 2WQ 

E G  

4,332 
4.381 
4,110 
4.174 
4,204 
4,235 
4.257 
4,265 
4,278 
4,295 
4,295 
4.316 
4.336 
4.3% 
4,355 
4,304 
4,409 
4,422 
4.438 
4.408 
4.488 
4.510 
4.518 
4.566 
4,502 
4.608 
4,614 
4,863 
4,688 
4.730 

W F E e H n R ~ l d e Y ~  

20,159 20,044 17.562 16.188 16.063 18.561 
20,437 20.387 17.R5 18322 16,167 16,732 
20.681 20.495 18.670 16.488 16.466 19,014 
20.845 20.764 10206 16.753 15,706 18,3132 
20,990 20.916 19.446 16,927 15,621 19,455 
21,095 21,026 19,655 17.069 16.892 19,566 
21,118 21,064 18.644 17.117 16,946 19,612 
21,193 21,134 19.727 17,184 17,184 19;nO 
21,294 21,245 19835 17.275 17,261 18,886 
21,403 21.370 19SZ 17.3gI 17,368 20.015 
21.440 21,403 19,998 17,447 17,416 20,078 
21,651 21,831 19.188 17.627 17.564 20,250 
21.769 21,753 19292 17.739 17,699 20,390 
21.606 21,771 20.310 17,785 17,891 20.538 
21,667 21,826 20.376 17.832 17,948 20.637 
22.062 22,037 20,668 18,008 18,108 20,828 
22,193 2.18'1 20.691 16,116 18,229 20,977 
22.334 22.321 19807 18.237 18,362 21,131 
22,423 22.406 19892 18,304 18,460 21,251 

22,600 22,066 21,128 16.558 78,825 21.630 

22,938 22,926 20.342 18.760 18.075 21.929 
23,177 23,180 20.684 18.9N 19,279 22.169 
23,281 23242 21.660 19,095 19,515 22.378 
23.456 23.439 21836 19.243 '19,680 22,58(3 
23.515 23.492 22.106 19.286 18.779 22.716 
23,839 23.831 22,196 19,526 20,012 22,489 
24,040 24.(a7 21,327 19,686 20,206 23,210 
24,237 2 d 3 3  21.520 19,841 20,34) 23,425 

22,532 Z Z . ~  20,gaz 18.443 i ~ , o 9 3  z i , m  

zz,w 22,832 21.2~0 18.890 18.971 21.803 

Lnzd ForecRsl per 1. M. Hsnls {Mraulq Lmmnds do not mnw a Iwudbn lor 
and Incrwnanlnl DSM prsgnmrfo,MCo, CSP, ILM,WCoLOPCo. 

r z u L B u E r  
20.383 20.821 
20,473 20.930 
20,736 21.191 
21,025 21.495 
21.176 21,663 
21,291 21,000 
21,341 21.852 
21.477 21,W 
21,597 22,111 
21.t.29 22,258 
21,790 22,338 
21.898 22,533 
22,151 22,690 
22,286 22,819 
22.391 22.926 
22.613 23.159 
22,705 23.337 :z 2:;: 
23,317 23,686 
23,504 24.068 
23.706 24.262 
23.863 24.442 
24.136 24.718 
24.335 24.913 
24,584 25,156 
24.725 25,330 
25,036 25,653 
25,293 !Xj91S 
25,W 26,172 

PJN msrglnal IOOPB. OR 

ZlLiE 
18.416 
18.599 
18.893 
19.136 
19.295 
19,421 
19,482 
19,607 
19.735 
19,874 
19.948 
20.126 
m266 
20,377 
20.478 
20.676 
20,836 
21.000 
21,135 
21,300 
21,470 
21,653 
21.792 
22.038 
22.203 
22.417 

zL.840 
23,073 
23,298 

lamw mnndat 

5!GErnH 
15.684 17,143 18,724 
15,7!56 17258 18,939 
16,051) 17.695 19,186 
16.286 17.506 19,485 
16,391 17.683 19.711 
18,481 17,839 19,950 
16,491 16,W3 19.936 
18,728 18,683 20,OSe 
18.W 16,533 20,189 
15,896 16,211 20273 
16,033 18,239 20,304 
17,058 18,633 20,434 
17.140 18,727 20,541 
17.346 18.323 20,670 
17,376 16.623 20,707 
17,514 18.781 M.880 
17.603 18.882 20.986 
17,697 19,314 21.103 
17,764 19,397 21.181 
16,013 19,816 21.377 
18,106 19,360 2i,508 
16,184 19,468 21,844 
18.W 18.937 21,715 
16,4P 20,137 21,833 
16,662 20,795 22,106 
16.797 20,705 22.289 
18,862 20.095 22,322 
19,066 20,348 22,594 
19,233 20.960 22,776 
19,381 21,132 22.466 

KI comlcsfon awmvod 

5.124 
5.161 
4.848 
4.907 
4.942 
a,%? 
4,983 
5,011 
5,029 
5 . 0 9  
5,057 
6,091 
5.116 
5,160 
5,150 
5,108 
5.217 
6,240 
6.272 
6.310 
5.338 
5,372 
5.393 
5,440 
5,474 
5,510 
5,535 
5,591 
5,642 
5,677 

4,788 
4.825 
4.4u 
4.552 
4.588 
4.608 
4,618 

4 m  
4.875 
1878 
4.716 
4.736 
4.750 
4.753 
4704 

4.828 

4.871 
4893 
4.91 0 
4,926 
4,966 
4.992 
5.020 
5,027 
5 ,m 
5,122 
3,165 

M o a  

4843 

Wlntpr 

a.ea m , i ~  
20.930 20,437 
21.191 20.681 
21.4w 20.845 
21.663 20,990 
21.8W 21,095 
21.852 21.118 
21,984 21,193 
a111 21.2294 
22.258 21.403 
22,338 21W 
22533 21.651 
22,890 21.76B 
22.819 21.806 
22.826 21.867 
23.159 22.062 
23.337 22.193 
23.523 22.331 
21.869 22,423 
P,SW 22.532 
26,088 2&6180 
24.282 a844 
24.442 22518 
24.718 23.180 
24.911 28267 
25.156 23.456 
25,336 23,515 
25.553 23,834 
25,918 24,040 
26.172 24,253 
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Appendix E', Figure 4, Internal Energy by Company 

APPAJACHIAN POWERCOMPANY 
MONTHLY ENUMY RE- W19 EMBEDDED D S M  

JANUARY 2010 * DECEMBER 2010 
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- 

z a i i  
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NO%O.: 

- YEN3 

2010 
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M15 
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201 9 
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Nolrr: 

YEBB 

2010 
2011 
mi2 
2013 
2014 
2015 
201 6 
2017 
2010 
2019 
i320 

- -  JAN FEB MAR E JUN JUL 6EP 

3,825 3,239 3,097 2,671 2.629 2.847 3,064 3.100 2,722 
3,851 3.249 3.095 2,652 2.624 2,860 3,078 3,127 2.721 
4,110 3,593 3.326 2.864 2837 3,080 3,337 3,386 2,937 
4.172 3,627 3,388 2.812 2898 3.130 3.396 3.431 2,989 
4.218 3.564 3,404 2.933 2,911 3.169 3.434 3.461 3,025 
4.248 3.581 3,433 2 . M  2915 3,202 3.481 3PQO 3,045 
6,249 3.717 3,434 2,945 2935 3.217 3,461 3,522 3,059 
4,300 3,83i 3.469 2,970 2,975 3,244 3,486 3,559 3.083 
4,331 3,657 3,490 3,002 3,004 3,289 3,535 3,589 3,104 
4,364 3,685 3.512 3,039 3,033 3,293 3,576 3,613 3.140 
4.382 3.817 3.540 3,058 3,037 3.330 3,599 3,630 3,171 

Load Fomcail per J U. Havrin (OPnWlDl.  Emrgl d o a  mt mflocla mduElllmbrPJY narglndloea OR rd lndmncbk  

md incrernenld DSM pmglamsfarl\PCa, CSP. M. KPCo 8 ORo. WPColc8dmwd horn OPCQ m m a  112012. 

sa 
2748 
2536 
2972 
3,014 
3,031 
3,033 
3,040 
3.081 
3,116 
3.148 
3,162 

idaommlmlon 

NOV - 
2.~~74 
2.057 
3.181 
3.217 
3.235 
3,255 
3,264 
3.312 
3.334 
3.354 
3.370 

~awmund 

COLUMBUSSOLITHERN PDWERCOMPANV 
MONTHLY ENERGY REQUIREMEM * [GWH) WiO EMBEDDEP DSM 

JANUARV 2010 -DECEMBER 2020 

J & i F E Q l r l A R & & M A y * J U L @ S E P O C T N O V  

2,027 1,788 1.839 1.618 1,685 1.880 2,081 2,056 1,736 1.592 1,743 
2,019 1,779 1.838 1,611 1,691 1,883 2,080 2,070 1,744 1,702 1.745 
2,009 1.863 1.868 1.633 1.719 1.898 2,110 2,092 1,751 1,732 1,747 

2.094 1.844 1,918 1.659 1152 1,941 2.165 2.125 1,602 1.772 1,764 
2.091 1.847 1,932 1.684 1,762 1.063 2.173 2.134 1.811 1,775 l .n5 
2,088 1.909 1.906 1.681 1,759 1.955 , 2,162 2.150 1,812 1,773 1.816 
2,107 1,861 1,924 1,689 1,776 1,861 2.177 2,161 1,618 1,790 1,819 
2,113 1,869 1,930 1.701 1,784 1.868 2,190 2.168 1,820 1.802 1,ElS 
2,720 1,877 1.939 1,715 1,790 1.m 2,205 2,169 1.832 1.808 1.817 
2.121 1,933 1.356 1.719 1,782 1,883 2,200 2,167 1,840 1.807 1,810 

Load Foreusl per J. M. Hxni?, IUUZWO). EnwDy does na &ne a radudfonfaPJYrneginsl Imsas OR &Se( nwndakd comnlssbnawmnd 
a d  incremmalD9M lrrqlmms 1orAPCQ.CSP. IBM.KPC~6 OPC~,ORs.limn(wtOhi~ CholcscudomcrlDdd mlomlian. 
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2128 
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Appendix F, Figure 5, Internal Energy by Company 
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795 690 670 5Bz 572 588 623 657 569 
797 690 668 578 570 801 625 660 568 
800 713 667 577 570 602 628 663 568 
809 698 672 670 570 606 635 669 572 
819 705 678 677 587 609 837 670 572 
828 711 683 574 563 809 638 872 571 
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833 715 688 578 570 815 E43 880 577 
837 718 688 582 574 818 647 683 580 
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MONTHLY ENERGY WQIJIREMEMT - fGWH) W M  EMBEDDED 0% 

JAHWRY 2010- DECEMBER 2020 

~ ~ M ~ ~ J u N & ! L I ? U E ~ p E I W  

2.798 2,513 2,831 2327 2.341 2.613 2722 2,747 2,411 Z , ~ M  
2,837 2,538 2.664 2.335 2,375 2.633 2727 2,784 2,426 2,388 
2.650 2.441 2.470 2,175 2,229 2,351 2,567 2,601 2.241 2,256 
2.687 2.387 2,496 2.222 2,259 2.371 2,616 2,620 2,286 2,280 
2.702 2.404 2.522 Z2dZ 2.263 2,405 W36 2,624 2321 2,306 
2.698 2.415 2.554 2,256 2,262 2,435 2,649 2,692 2h38 2.308 

2.728 2.433 2.564 2,247 2,315 2.055 2,641 2,886 2.338 2.330 
2.738 2.440 2,560 2.268 2.326 2,447 2.665 2,702 2,333 2,353 
2,749 2.650 2,561 2,281 2.331 2,445 2.883 2,697 2,367 2.383 
2.745 2.522 2,589 237 2,302 2,478 2.693 2.805 2,977 2,347 

2,687 2,504 2.545 2.245 2.285 2 ~ 2  2.624 2,680 2.341 2,288 

LoallFosecaelpr.t. M. HaniS(OdlZll0). EMgVdoPrnd~Dmamd"a i lonf~PPJMm~tg~ l lo .E I iEOR mllcclmm&M mmmkrilrrn 

mdinncmnl=l  DSMprqlmrforAPCqC3P. IbM, KPC~d,OPC~oRrnlm~sdOhl~Chole~ enlmnslosdmlgntlo~ 

WPCO l D s d m ~ ~ d f m m O P C a l a A P C ~ ~ ~ 2 M z  

a 
11,689 
1 1,763 
11,931 
12.112 
12,m 
12,237 
12.21 1 
12,372 
12ft?.438 
12,507 
12,526 

AEP SYSTEM -(EAST) 
MDNTHLY ENERQY REQUIREMENT - (QWH) WID EYBEDOED D S M  

JANUARY 2010 - DECEMEER 2020 

r n r n y J ~ J u n J u A Y G B  

10,m 
10,300 
10,776 
10,570 
10,657 
10,711 
11,086 
10,807 
10,862 
10,925 
11280 

10,331 
10,389 
10,479 
10,611 
10,713 
10,814 
10,782 
10,878 
10,908 
10,969 
11,046 

8,086 
9.069 
9,181 
9,368 
9,433 
9,069 
9,446 
9,492 
9.W 
8,893 
9,728 

9.144 
9.1% 
8,373 
8,505 
9,628 
9.525 
9.592 
9,716 
8.780 
9,840 
9.792 

9.966 
lO.O[u 
10,106 
102.22 
10,940 
10,436 
10,465 
10,541 
10,561 
10,592 
10,708 

'10.803 
10.823 
l l 8 O 2 4  
11,228 
11,315 
11.371 
11,314 
11,406 
11.612 
1 1,827 
11,663 

10.887 
10,990 
11,149 
11,272 
11,317 
11.384 
11.499 
11.688 
11,648 
11,676 
11,678 

9,468 
9,499 
9,588 
9,747 
9,862 
9,917 
9,938 
9,876 
i0,om 
10,105 
10.188 

PEI 
!AM7 
9,372 
9,582 
9.723 
9,770 
9,778 
9,767 
9.883 
e.ee3 
1O.Iw3 
10.ffi4 

2,450 
2,471 
2,201 
2,293 
2,282 
2,316 
2,363 
2.389 
2,367 
2,358 
2,348 

W P d  

MY 
8,778 
0,789 
9,884 
9,451 
9,971 
10,049 
10,188 
10,244 
10,278 
10.286 
10,292 

753 
752 
764 

771 
778 
778 
782 
705 
788 
790 

762 

PEE 
2691 
2704 
2486 

2668 
2686 
2577 
2688 
2.574 
2,597 
2,612 

2539 

REG 

11,187 

11.287 
11,458 
11.585 
11,61i4 
11.659 
11.882 
11,739 
11.839 
11 .W7 

,l.I,217 

- W R  

7.715 
7 . m  
7,740 
7.771 
7.802 
7.823 
7,854 
74m 
7,826 
7.974 
8.019 

BE3 

30,508 
30,785 
28.758 
29.068 
29,286 
28467 
29,692 
2@,682 
29,772 
29,895 
29.896 

YEdB 

121,854 
122,399 
114,310 
125,765 
126.706 
127,348 
127.849 
128,585 
199,305 
130,1w 
130.863 

127 



AMERECAN' 
ELCCrRlE 
W W f R  

___ -- - - _ _  - 
SUPPLEMENTAL Appendix 2 
Page 152of 169 

AEP-East 2010 Integrated Resource Plan ..^____-___.__.._I_---.-- 

Appendix G, Figure 1, DSM by Company 

2018 I 60 1 11 I 60 ' 11 
2019 I 60 I 11 1 60 . 11 
2020 I 60 I 11 1 60 ; 11 

2010 I 0 I 143 I 0 143 
2018 I 0 I (43 : 0 I 143 
2020 1 0 1 143 0 j 143 

20'18 I 170 I 35 I 170 I 35 
PlQ I 170 I 35 I 170 I 35 
2020 I $70 I 35 I 170 I 35 
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IWC 
lnslallsd I Ne1 

QWh h4W 1 GWn I MW 
2010 \ a a 0 1 0  
2011 0 0 0 1 0  
2012 0 0 0 1 0  
2013 '0 '-'!' 0 0 ' 0  
1014 1R i 4 18 -'T- 

. 2015 30 I 6 30 6 

. go16 34. ,: 7 34 7 
2017 39 , E ,  39 , 8 
2018 44 . 9 64 9 
2019 ' 44 ' 9 44 9 
2020 44 0 44 9 

_-- 

AMERICAN 
ECECTRIC 
POWER 

I Ksnlucky Powor 1 

Appendix G, Figure 2, DSM by Company 

I Indlam Mchlgan I 
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201 0 
201 I 
2012 
201 3 
2014 

. 2015 _ _  
.. . 2016 . 

2017 

Appendix H, Ohio Choice by Company 

GWh I PeakMW 
0 0 
139 28 
326 55 

i 76 
582 ' , 98 
780 i 132 

1,037 172 
1.293 I 214 

I Columbus Southern Power I 

2020 745 1.i9 

Ohio Customer Choke 
SUMMER 

I Ohlo Power 1 

467 I 
I 2018 I 559 I 90 

2019 I 652 I 104 
2020 I 745 I 1.i9 

I AEP-East 1 
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Appendix I, Renewable Energy Techiiology Screening 

Levelized Cost of Renewables versus Avoided Production Cost 

TY Pe 
Landfill Gas3.20925Combustion Turbine 
Incremental Hydro 
New 24 MW Hydro 
Anaerobic Digester0.1732705664915371nt. Comb. Engine 
Anaerobic DigesterDairy Cowlnt. Comb, Engine 
100 MW Wind Farm 1 SPP PTC 
100 MW Wind Farm 2, PJM PTC 
Geothermal 
100 MW Wind Farm SPP, no PTC 
100 MW Wind Farm PJM, no PTC 
New 2 MW Hydro 
McKinsey 2020 Solar - West (nth of a kind) 
McKinsey 2020 Solar - East (nth of a kind) 
Solar Installation 10 MW fixed Tilt thin film a-Si 
SoCaiEd 1 MW rooftop 
SoCalEd 2 MW rooftop 

Energy Source 
Gas 
Hydro 
Hydro 
Gas 
Anaerobic Digester 
SPP PTC 
PJM PTG 
Geothermal 
SPP no PTC 
PJM no PTC 
Hydro 
Solar 
Solar 
Solar 
Solar 
Solar 

$/MWh 
-52.68 
-37.95 
-1 0.56 
-4.74 
-4.74 
44.29 
45.93 
69.70 
71.38 
73.13 
102.56 
152.51 
203.34 
226.85 
233.36 
317.88 
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Appendix J, Capacity Additions by Company 
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Appendix IC, Load Forecast Modeling 

Process Summary 

AEP utilizes a collaborative process to develop load forecasts. Customer rqresentatives and 
other operating company personnel routinely provide input on customers (larger customers in 
particular) and economic conditions, Taking this input into account, the AEP Economic Forecasting 
group analyzes data, develops and utilizes economic and load forecast data and models, and computes 
load forecasts. Economic Forecasting and operating company management team members review 
and discuss the analytical results. The groups work together to obtain the final forecast results. 
Forecast updates are considered at least two times a year (or more often if deemed necessary). 

Exhibit ,443 

Load & Demand Forecast Process - Sequential Steps 

1. Monthly Sales Forecast 
(by FERC Revenue Classes) 

Short & Long Term 

2. Hourly Demand Models 
(Load Shapes / Losses) 

I 
3,  Net Internal Energy Requirements 

& Demand Forecast 

The electric energy and demand forecast modeling process is the accumulation of three specific 
forecast model processes as reflected in Exhibit A-8. The first process models the consumption of 
electricity at the aggregated customer premise level. These aggregated levels are the:FERC revenue 
classifications of residential, commercial, industrial, other, and municipals and cooperatives. It 
involves modeling both the short- and long-term sales. The second process contains models that 
derive hourly load estimates from blended short- and long-term sales, estimates of energy Iosses for 
distribution and transmission, and class and end-use Load sbapes. The aggregate revenue class sales 
and energy losses is generally called “net internal energy requirements,” ?‘he &id process reconciles 
historical net internal energy requirements and seasonal peak demands through a load factor analysis 
which results in the load forecast. 

The FERC revenue classes of residential, commercial, industrial, other and. municipal and 
cooperatives are analyzed and forecasted separately. This categorization of customers’ premise meter 
readings allows for customers with like electrical consumption characteristics and behaviors to be 

~ 
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modeled together. Similarly, utilizing separate short and long-term sales forecast models capitalizes 
on the strengths of each methodology. 

Energy Sales Modeling 

The short-term forecasts are developed utilizing autoregressive integrated moving average 
(A?ZIMA) models that incorporate weather and binary variables. Heating and cooling d e p - d a y s  are 
the weather variables included in the model development. The short-term forecast period extends for 
up to 18 months 011 a monthly basis. These models are utilized to forecast all FERC classes and a 
number o f  large individual customers. 

The long-term forecasts are developed utilizing a combination of econometric and Statistically 
Adjusted End-Use (SAE) models. The SAE models were developed by Itron lnc, Energy Forecasting 
unit. The proccss starts with an economic forecast provided by Moody's Economy.com for the 
United States as a whole, each state, and regions within each state. These forecasts include forecasts 
of employment, population, and other demographic and financial variables. The long-term forecast 
incorporates thc cconomic forecast and other inputs to produce a forecast of kWh sales. Other hputs 
include regional and national economic and demographic conditions, energy prices, weather data, and 
customer-specific information. 

AEP uses processes that take advantage of the relative strengths of each method. The regression 
models with time series error terms use the latest available sales and weather information to represent 
the variation in sales on a monthly basis for short-term applications. While these models provide 
advantagcs in the short run, without specific ties to economic factors, they are limited in capturing the 
structural trends in the electricity consumption that are important for the longer term plannit3g. The 
long-term process, with its explicit ties to economic and demographic factors, tends to be structured 
for longcr-term decisions. 

Residential Sales 

For the residential sector, the number of residential customers and usage pm customer are 
modeled separately, and combined to forecast residential energy sales. Residential customers were 
modeled as a function of mortgage rates, service area employment, and lagged residential customers. 
Average residential usage is modeled using the SAE model, SAE models are econometric models 
with features of end-use models included to specifically account for energy efficiency impacts, such 
as those included in the Energy Policy Act of 2005. SAE models start with the construction of 
structured end-use variables that embody end-use trends, including equipment saturation levels and 
efficiency. Factors are also included to account for changes in energy prices, household size, home 
size, income, and weather conditions. The statistical part of the S A E  model is the regression used to 
estimate the relationship between observed customer usage and the structured end-use variables. The 
result is a model that has implicit end-use structure, but is econometric in the estimation. The forecast 
of residcntial energy sales is the product of residential customers and residential usage. 
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Commercial Sales 

The commercial energy sales model is also 5u1 S A E  model, In the commercial class, total 
energy sales are modeled. The primary economic drivers are service area commercial output (GLIP), 
commercial electricity price, state commercial natural gas price and beating and cooling degree-days. 

Industrial Sales 

The industrial energy sales are forecast in total for the class. Where applicable, the h e  power 
sectors sales are separated before modeling. For the total or total less mine power, energy sales are a 
function of selected Federal Reserve Board industrial production indexes, regional employment; and 
electricity and natural gas prices. Where relevant, the mine power energy sales are modeled as a 
function of state coal production, regional mining employment and mine power electricity price. 
Customer-specific information such as expansions, contractions and additions and infomd judgment 
are all utilized in producing the forecasts, 

Other Sales 

Other ultimate sales are generally comprised of public street and highway lighting, municipal 
pumping, and other sales to public authorities sectors. The public street and highway lighting energy 
sales are modeled as a function of service area employment. The other sales to public authorities are 
related to service area employment and heating and cooling degree-days. The other sales forecast is 
the sum of these forecasts. 

Municipal and Cooperatives 

The municipal and cooperatives included in internal load are sales to cooperatives, municipals, 
private systms and state agencies. These are forecast by individual customer and generally are a 
function of service area employment and heating and cooling degree days- 

Blending Short and Long-Term Sales 

Forecast values for 2010 are taken from the short-term process. Forecast values for 201 1 
obtained by blending the results from the short-tern1 aid long-term models. The blending process 
combines the results of the short-term and long-term models by assigning weights to'each result and 
systematically changing the weights so that by the end of 2011 the entire forecast is from the long- 
term models. This blending allows far a smooth transition between the two separate processes, 
minimizing the impact of any differences in the results. 

Energy Losses 

Energy is lost in the transmission and distribution of the product, This loss of energy from the 
source of production to consumption at the premise is measured as the average ratio of all FERC 
revenue class energy sales measured at the premise meter to the net internal energy requirements 
metered at the source. In modeling, company loss study results are incorporated to ,apply losses to 
each revenue class. . - 
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Net Internal Energy Requirements 

Net internal energy requirement is the sum of the FERC revenue class sales resulting from the 
blending process and energy losses. 

Demand Forecast Model 

The demand forecast model is a series of algorithms for allocating the monthly blended FERC 
revenue class sales to hourly demand. The inputs into forecasting hourly demand are blended FERC 
revenue class sales, energy loss multipliers, weather, 24-hour load profiles and calendar infirmation. 

The weather profiles are developed %om representative weather stations in the service area. 
Twelve monthly profiles of average daily temperature that best represent the cooling and heating 
degreedays of the specific geography are taken from the last 30 years of historical values. The 
cousistency of these profiles ensures the appropriate diversity of the company loads. 

The 24-hour load profdes are developed from historical hourly company or jurisdjctional load 
and end-use or revenue class hourly load profdes. The load profiles were developed from 
segregating, indexing and averaging hourly profiles by season, day types (weekend, midweek and 
Mondaykiday) and average daily temperature ranges. The end-use and class profiles were obtained 
fkom Iron, Inc. Energy Forecasting load shape library and modeled to represent each company or 
jurisdiction service area. 

In forecasting, the weather profiles and calendars dictate which profile to apply and the sales 
plus losses results dictate the volume of energy under the profile. In the end, the profiles are 
benchmarked to the aggregate energy and seasonal peaks through the adjustments to the hourly load 
duration curves of the annual 8760 hourly values. These 5760 hourly values per year are the forecast 
load of the individual companies of AEP that can be aggregated by hour to represent load across the 
spectrum from end-use or revenue classes to total AEP-PJM, AEP-SPP or tolal AEP system. Net 
internal energy requirements are the SUM of these hourly values to a total company energy need basis. 
Company peak demand is the maximum of the hourly values h r n  a stated period (month, season or 
year). 
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Appendix L, Capacity Resource Modeling (Strategist) and Levelized Busbar Costs 

The overriding objective of the modeling effort was to recommend an optimum system 
expansion plan, not only from a teast-cost perspective but also from the perspectives of risk profile, 
achievability, and affordability. The analytical model served as the foundation from which all of the 
perspectives were examined and recommendations made. The process will be continually refined as 
experience is gained to take into account emerging issues identified by supporting work groups and 
management. 
The StYntegisi Model 

The Strategist resource-planning model, developed by Yentyx, allows a user to determine the 
least-cost resource mix for its system (in this case, AEP’s East and West zones) from a userdefined 
set of resource teclmologies, under prescribed sets of constraints and assumptions. Strategist defines 
the “least-cost resource mix” as the combination of remurce additions that produces the lowest 
overall Vstem pre-tax cost {revenue reqniremenl) inclusive o$ 

* 
Environmental retrofits 
o New-build capacity 

o Capacity (market) purchase costs 
o Total system-wide fuel costs (new-build and existing capacity) 
o Cost of systern-wide (replacement) emission allowances (SO2, NOx, COX) 
o Net (market) “system transaction’’ cost or revenue (i.e. third-party energy purchases 

and/or sales). 

Strategist allows all aspects of an integrated resource planning study to be considered with &e 
dcpth and accuracy required for informed decision-making. Hourly chronological toad patterns are 
recognized, detailed production costing logic is utilized, and the system employs a dynamic 
programming algorithm to develop the “optimal” and large suites of c‘sub-optimaI” por$olios of 
capacity addition alternatives over a user-defmed study period. 

Slrutegisf uses several modules (LFA, CAF, PROVIEW) that work in unison to simulate the 
operation of the generating system, including new resource additions that may be needed to meet 
future demand growth. These modules calculate the costs of serving a utility system’s capacity and 
energy needs over the defined study period. The Load Forecast Adjustment module (LFA) is used to 
represent the utility’s hourly demand and energy forecast. The Generation and Fuel module (GAF) 
works with the LFA to simulate the operation of a utility’s generatkg units and any interaction with 
extcrnal markets. The PROVIEW module pulls information from the LFA and GAF modules as well 
as other generation alternative data to determine the least-cost resource plan for the utility system 
under prescribed sets of constraints and assumptions, 

Strategist develops an initial 6 * ~ ~ r ~ g ’  (zone-specific) least-cost resource mix for a system by 
iucorporating a wide variety of expansion planning assumptions including: 

Characteristics (e-g. capital cost, construction period, operating life) of resource addition 

New resource capital carrying cost and fixed O&M 

* 
alternatives that are available to meet future capacity needs 
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* Operating parameters (e.g. capacity ratings, heat rates, forced outage rates, etc) of existhg 
and new units 
Fuelprices 

4 

+ 

Prices of external market energy, capacity, and emission allowances 
Reliability constraints (e .g  minimum reserve margin targets, loss of load hours, unserved 
energy) 
Emission limits and envjmnmen’tal compliance options 

All of these assumptions, and others, are considered in order to develop an integrated plan that 
best suits thc utility system being analyzed. 

To reiterate, Strategist does develop a full “cost of service” (COS) profile. It considers only 
costs that change from plan to plan, not costs that are fored, such as embedded costs of existing 
generating capacity or distribution costs, Transmission costs are included only to the extent that they 
are associated with new generating capacity. Specifically, Strategist includes and ultimately 
recognizes in its “incremental revenue requiremenf‘ output profile: 

Fixed costs of capacity additions, i s .  canying charges on capacity and associated 
transmission based on a weighted average cost of capital (WACC) and fured O&M 
Fixed costs of any capacity purchases 
Variable costs of the entire fleet of existing and any added units. This includes fuel, 
purchased energy, the market replacement cost of emission allowances (€02 and NOx, and 
COz in appropriate cases), and variable O&M costs. In addition, revenue from external 
energy transactions (Off-System Sales) is netted against these costs 

Due to the netting of Off-System Sales revenues against variable costs, depending on the market 
spreads for energy, Strategist outcomes can represent relative ”longer” or “shorter” m k e t  energy 
positions that can have significant bearing on the resulting net system cost and determination of a 
I east-co s t plan. 

In summary, Strategist models the approach AEP uses to determine jurisdica’onaE generation 
revenue requirements at an integrated, system level, For the purpose of comparing plans, these costs 
are expressed on a Cumulative Present W o d ~  (CPW) basis for each plan, using standard calculation 
methods and a 9.0% WACC. 

Overview of Need for Modeling Consfrairtts 

0 

0 

0 

In the PROVIEW module of Stralegist, the least-cost expansion plan is empirically formulated 
from htmndrech of ihousands of possible resource alternative combinations created by the module’s 
chronological “dynamic programming” algorithm. On an annual basis, each capacity resource 
alternative combination that satisfies its least-cost objective function through userdefined constraints 
(in this case, a “mi.nimm” on-going capacity reserve margin) is considered to be a feasible state and 
is saved by the program for consideration in following years. As the years progress, the previous 
years’ feasible states are used as starting points for the addition of more resources tbat can be used to 
meet the current year’s minimum reserve requirement. As the need for additional capacity on the 
system increases, the number of possible combinations as well as the number of feasible states 
incrFases approximately exponentially with the number of resource alternatives being considered - - 
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Exhait A-9 offers a very simplistic example ofthis algorithm. The model has the choice of two 
capacity types (CT and CC) and must achieve its reserve requirement constraint through some 
economic combination of the capacity types over a three- year period. Si unique plans result after 
the elimination of one of the more expensive paths. 

Exhibit A-9 Strategist chronologicd “dynamic programming” algorithm 

Year 1 Year 2 Year 3 < CT ($3) CC ($6) 

cc ($4) CT ($7)  

CC ( $ 8 )  
CT ($5) 

CT ($9) 

CG ($10) 

CT ( $ 1 )  

C C ( $ 3 )  

* Note: Path ‘W (Yr.1)’’ - CT (Yr.2)” 
eliminated from M e r  consideration in 
Yr.3 because it5 cumulative Cost ($5) is 
greater than a similar path - “CX (Yr. 1) - 
CC (Yr. 2)” costing $4 

As can be seen in this example, the potential for creating hundreds of thousands of alternative 
combinations and feasible states can become an extremely large computational and data stmge 
problem, if not constrained in some manner. The Strategist model includes a number of input 
variables specifically designed to allow the user to further limit or constrain the size of the problem 
the model is attempting to solve. Several of these variables focus on limiting the number of a 
particular resource alternative that can be considered by the model during the Planning Period. In 
addition, other variables limit the years that a particular alternative is available fm selection by the 
model. 
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Appendix M, Utility Risk Simulation Analysis (URSA) Modeling 

The risk analysis of the five alternative IRP plans was done with the "Utility Risk Shulation 
Analysis" model (URSA), which was developed by AEP's Risk Management group. URSA was 
designed not only to estimate the risk in 1R.P plans but also to quantify one-year-ahead Earnings at 
Risk and for a variety of other risk-analytic purposes. 

URSA is a Monte Carlo simulation model that represents the daily operation of GEP's assets 
under a large number of possible alternative futures. As noted above, for the IRP risk analysis, 1,399 
alternative hturesI each with its own, unique set of daily realizations of risk factors, w a e  treated. 

URSA is similar to a physical planning model such as Power Cost Inc.'s Gentmdcr, but it 
iinplements some computational economies to pennit consideration of so many alternative futures. 
Notably, URSA treats only the peak and off peak periods of each day, not each hour. On the other 
hand, URSA does not reckon with "typical weeks" as many other structural models do, but rather 
treats explicitly each day of each alternative fbture. The aim of this approach is to produce a realistic 
depiction of unit commitment and dispatch. 

3.  Risk Factor Simulation 

The risk analysis begins with a simulation of the daily values of the risk factors for each day of 
the period 2003-2020, for 1,399 alternative possible futures. 

The price and load risk factors vary from day to day within each possible future in accordance 
with the outcomes of an analysis of the historical variations in these factors, includjng serial- and 
cross-correlation, and their relationship to the weather. The raw results obtrrjned from the risk fwtor 
model are scaled to ensure that in each simulated year and m o n t h ,  the monthly means of the simulated 
risk factors agree with the economic forecast of these prices and loads, upon which the IRP is based. 

The unit-specific outages also vary h m  day to day, but independently of the price and load risk 
factors. Unit outages are determined by a simple, binomial model that depends on the assumed rate 
of availability for the given unit and an assumed number of days out in case of fore4 outage. 
Simulated over many cases, the binomial model produces, for the given unit, an average rate of 
availability equal to the assumed rate. 
2. Utility Operations in View of Given Risk Factors 

On each day such day, the risk factors take on given values; AEP and its counterparties then act 
optimally to exercise any optionatity that they may have; physical and financial results of these 
actions are then calculated and recorded; and the simulation proceeds to the next day. 

The optionality in AEP's asset portfolio includes: 

* 
e 

* 

to commit or not to commit any given thermal generating unit to the grid, 
to exercise or not to exercise any power purchase or sale options that it may om, 

how much power to produce from each committed thermal unit, 
how much water to run down, or pump up, at the Smith Mountain Hydro Pumped Storage 
facility, 
whethes and in which direction to transmit power along the AEP West tie, 
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Under PJM commercial relations, much of this optionality is, in fact, exercised by PJM on 
AEP's behalf, based on structured comtliercial bids submitted to PJM by AEP. But it is assumed that 
the result of thc bidding process and PJM's consequent decision-making is the Same as if AEP were 
making these decisions optimally on its own behalf. 

3. Representation of the Utility 

a. Businesses 

The URSA model divides AEP into thee businesses: 

retail power supply, 

wholesale power supply and 

fbel supply, 

each with its own set of activities and financial results. This division is a schematic one and does not 
correspond precisely to actual businass divisions of AEP. Since, as explained below, fuel and 
allowance contracts are not treated in the IRP, the fuel supply business's role in the l3.P simulations is 
merely to buy he1 and allowances at market and transfer them to the units, This always results in 
zero net revenues for the fuel supply business. 

The total required revenues of the three businesses are the required revenues of AEP as a whole. 
Typically the activities of the wholesale business diminish, or make a negative contribution to, 
required revenue. Those of the retail business, which is responsible of the costs of supplying the 
native load, typically make a positive contribution to net revenue. The contribution of the fuel 
supply business is zero, since any fuel or allowances purchased at spot are immediately transferred at 
the same price. 

The model does not treat AEPs transmission or distribution activities, or the corresponding 
revenues and expenditures. These are assumed to be the same for each IRP case considered. 

In any case, the IRP risk analysis, in contrast to some other risk analyses to which this same 
model is applied, has little to do with these schematic divisions of AEP. Therefore, while the model 
produces business-specific results, I W  risk results are reported for AEP in total and not by business. 

b. Assets 

As reckoned with in this study, AEP's East assets consist of: 
thermal (steam and combustion) generating units, 

Smith Mountain pumped storage facility, and 

power purchase and sales contracts. 

0 

* 

For analytical convenience, the model treats AEP's hydro generation, 0th~ than hydro pumped 
storage, as a power purchase contract with quantities supplied on a fmed schedule. For the purposes 
of the study, the returns to AEP's fuel purchase contxacts, which typically expire within the next few 
years, are not treated. Instead, fuel expenditures are reckoned as if all &I were pukhased at spot. 
Also, returns to AEP's endowment of emissions allowances are not treated; here as with fuel, ABP'S 
expenditures are reckoned at the simulated spot price, 
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c. Power Supply Obligations 

The two power supply businesses are responsible for different sets of power sales contracts. For 
the East, the sales contracts of the retail power supply business are: 

0 Buckeye Power 
AEP East load served on a tariff basis 

the 250 MW tie to AEP West, which is modeled as a call option owned by the West 

Those of the East wholesale power supply business are: 
0 

Total power delivery obligations under all power sales contracts constitute the total load of the 

certain municipals servcd on a N1 requirements basis and connected to *e AEP grid, 

utility. 

d. Power Supply Resources 

To satisfy these obligations, the two power supply businesses jointly operate a given set of 
power generating units and manage a given set of power purchase contracts. The generating units 
are: 

* 

The power purchase contracts are: 

the AEP East fleet of steam and combustion generating units and 

the Smith Mountain pumped storage facility. 

the AEP East hydro units (which are modeled as a power purchase contract), 

both East, some capacity purchases during early hture years, 
a set of power purchase contracts with OVEC, and 

some small sources of supply such as Summersville. 

The capacity purchases contribute to the satisfaction of the operating reserve requirement for 
AEP East in total. But any energy that would flow from these suppliers is treated as a spot power 
purchase, not a contractual one. 

The retail power supply business, as modeled, bas the first call on all power supply resources, 
and takes the most economical opportunities. In each period, it specifies the energy that it takes from 
each generating unit and power purchase contract so as to satisfy exactly its total obligations under its 
power sales contracts while minimizing the cost of doing so. The retail business does mt aormatly 
engage in spot power sales, but it will purchase spot power whenever doing so would reduce cost. 

The wholcsale power supply business, as modeled, has d e  second call on all power supply 
resources, taking energy from genemting units and from power supply contracts only to the extat 
that anything js left by the retail business. It does this so as to maximize total net revenues from sales 
(which effectively ininimizes AEP's required revenue). It engages fieely in spot power sales. 
e. Spot Power Supply 

The difference between the total power generated or taken under purchase contracts on the one 
hand, and the total deliveries required under power sales contracts on the other, defiiaes.tbe utility's 
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net spot market sales. URSA does not treat explicitly any short-term power deals not resulting in 
physical delivery. Effectively, trading activities apart from purchases or sales of physical power at 
spot are assumed to yield a zero net return. 

Because the wholesale power supply business has the second and last call on the resources able 
to deliver power, it determines the total power produced. By this means it effectively also determines 
net spot power sales of the total utility. For example, if the retail business decides upon a net spot 
purchase of 100 MWh, and the final dispatch implies a net spot sale of 200 MWh, then the wholesale 
business sells 300 MWh at spot: the 100 h4Wb purchased by the retail business plus an additional 200 
MWh to other purchasers. 

4. Reckoning of Costs 

a. Transfer Pricing 

URSA'S design lays some emphasis upon the appropriate prices for valuing transfers between 
different business units. This permits economically correct estimation of the revenue reqUirement 
contributed by each asset, and of the associated risk. But since any scheme of transkt prices nets out 
in total, the particular scheme employed has no effect on the estimation of costs for AEP East. 

The value at which power is trnnsferred from a generating unit to a power supply business 
employing it is correctly reckoned at the spot price. The gain or loss that may arise if this same power 
is sold at a contracted price does not belong to the generating unit, but to the given power supply 
contract, here viewed as an asset of the given power supply business. This applies even if the 
"contract" in qucstion is the obligation to serve the retail load, This implies that any generating d t  
considered separately, which typically does not run unless it is in the money, makes a negative 
coutribution toward (diminishes) required revenue. On the other hand, the power sales "deal" that 
represents the obligation to serve makes a substantial positive contribution to requirk revenue. 

Based on these and analogous considerations, the following transfer prices apply: 
a thermal generating units 

o buy fuel at the spot price, 

o buy emissions allowances at the spot price, and 

o sell power at the spot price; 

* Smith Mountain 

o 

o 

power purchase contracts 

o buy power at the contract price and 

o sell power at the spot price; 

buys power at the spot price and 
sells power at the spot price; 

4 power sales contracts 
o 

o 

buy power at the spot price and 

sell power at the contract price 
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A consequence of these conventions is that all required revenue is due to assets, and in 
particular, the gains from spot power sales are due to the sources of the power sold, which are the 
generating units and power purchase contracts employed to produce the sold power. 

It is worth repeating that for the utility in total, these transfer pricing considerations wash away. 

b. Operating Companies 

Becausc the AEP East system is fully integrated, and because the interest of h e  risk analysis is 
with total East required revenue, the analysis pays no attention to operating companies, but only 
simulates power supply activities and financial returns for AEP East in total. 

c. Calculation of Required Revenue 

Required revenue is the sum of all costs minus all revenues, Revenues from serving native load 
are assumed to be zero; that from transmitting on the AEP West tie is assume to be the difference in 
East-West power prices times the q~~antity transmitted; and tbose'from supplying other power sales 
deals are assumed to be exactly the same as the cost of the power supplied. Since no fuel or 
allowance deals are reckoned with, there is no revenue from these sources. If a megawatt-hour is 
produced at some unit and supplied to the native load, the unit is credited with the market value of the 
power, but the load is correspondingly debited, and what is left in total is only the cost of producing 
the power. If the power is supplied to some other power sales deal then the profit, since the contract 
revenue is assumed to equal the cost of the power delivered, is the difference between the spot power 
price and thc cost of producing the power supplied. The gain is the same if the power is supplied 
directly to the spot market. Hence, in aggregate, required revenue is the cost of satisfying the 
obligation to serve (including the West tie), minus the profits of selling, at spot, all other power 
produced. 

d. Treatment of Contract Rcvenue -- Differences from Strategist Model 

It was just said that URSA assumes that the fees obtained from the customer for external 
transactions are always precisely the same as the cost of providing the power. The reason is to wash 
these sales of possible gain or loss, and thus to purge ftom the risk analysis any risk due to external 
transactions. The risk analysis thus considers only risk arising .from the obligation to serve the native 
load. 

"his assumption with regard to contract revenues differs from assumptions used in the Sirnfegist 
analysis, which is used to develop the IRP plans. There, particular contractual prices are assumed for 
the various deals and are used to determine total contract revenues. The assumptions used in the risk 
analysis result in greater contract revenues on power sales, with the result that in total, URSA analysis 
calculates a smaller net present value required revenue for the period 2006-2030 than Strutegisi does. 
This is merely for purposes of the risk analysis and is not intended to supercede the Sfrategist 
estimate. 

On the contrary, the Strategist assumption with regard to contract revenues is better for 
estimating total, net present value required revenue; while the URSA assumption is better for 
analyzing risks that arise particularly from the obligation to serve the native load. 
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5. Technical Comparison of URSA with Strategist 

In late 2005 and early 2006, AEP's Risk Managemexit and Corporate Planning groups 
collaborated in a technical comparison of detailed results from URSA and from Strategist under 
equivalent input assumptions. The inquiry particularly focused on costs and rates of operation 
(capacity factors) at AEP East and West generating units; and on total system power exports and 
imnpoits, and associated revenues. 

The conclusion was that for the same inputs, the two models substantially agreed in the rates of 
operation of AEPs various units, and in the associated costs. The main difference was that marginal, 
mid-stack units tend to be operated somewhat less by URSA than by Stracegist. The reason for this is 
that URSA, with its daily unit commitment paradigm, cherry-picks short sequences offavoorable duys 
when these units will be committed. This optionality is not available within Strategist's "typical 
week" framework, and Strategist therefore tends to commit such units during the entire week, and to 
keep them m i n g  at minimum during unfavorable periods. This difference does not, however, 
impede the use of URSA to analyze the risk around cases developed using Sparegist. In any case, 
since there is very little mid-stack capacity in AEP's East fleet, this difference is material mainly to 
the analysis of the West fleet. 

URSA and Strategist produced very similar estimates of power imports and exports for AEP 
East; for AEP West, URSA produced marginally smaller estimates of exports and larger estimates of 
imports, due to the marginally lower rate at which it operated the West's relatively substantial holding 
of mid-stack units. 
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(1) Existing generating system descriptbn, 
(a) The reporting person shall provide a brief summary narrative of the 
existing electric generating system. If a hearing Is to be heM on the 
forecast in the current year, the reporting person shall subml to the 
commission with its long-term forecast report, the anticipated 
operating, maintenance, and fuel expense of each unit for each year of 
the forecast period. The commission may make exceptions to this 
paragraph for good cause, 
(b) A summary of the pooling, mulual assistance, and all agreements for 
purchasing from and selling power and energy to other utilities or 
nonutility generators, including costs and amounts, shall be provided. 

Section 1.2, Section 3, 
Appendix A 

Section 1.2.2, Appendix 1 

(2) Need for additional electricity resource options. The reporting person shall 
describe the procedure followed in determining the need for additional 
electricity resource options. All major factors shall be discussed, including 
but not limited to: 

(a) System load profile. 
(b) Maintenance requirements of existing and planned units. 
(c) Number of units, unit size, and amitability of existing and planned units. 
(d) Forecast uncertainty. 
(e) Electricity resourca option uncertainty with respect to cost, availability, 
commercial In-service dates, and performance. 
(f) Lead times for construction or implementation of planned electricity 
resource options. 
(9) Power interchange with other electric systems, including consideration of 
the abilfy lo buy and sell power. 
(h) Price-responsive demand and price elasticity due to the implemenlation of 

presented. I1 shall include: 
(i) A discussion of the future adequacy of the electrlc utlllty's projected 
system in both the short- and long4erm. 
(ii) A discussion of the future adequacy of fuel supplies in both the 
short- and iong-term. Additionally, the reporting person shall 
provide, for the forecast period, a description of its overall fuel 
procurement policies and procedures. A description of lhe 
system's fuel requirements, the system's geographic source of fuel 
suppiy, and the percentage of fuel supply under contract shall be 
included, 

Section 1, Section 5 

Section 4, Appendi F 
Section 3 
Section 9 

Section 8.3 

Section 10, Appendix M 

Section 12.3 

Sections 5.1 8 52  

Supplemmtal Appendii 5 

load. 
(i) Regulatory climate. 
0) Reliability criteria, including a discussion and analysis of the reporting 
person's reliability criteria and factors influendng their selection. 
including, but not limited to: 

(ii) Engineering analysis performed. 
(iii) Economic analysis performed. 
(iv) Any judgments applied. 

(i) Reliability measures used and factors including the selection. 

Section 2 

Section 5 

(a) This paragraph shall include the electric utility's projected mix of resource 
options to meet the base case projection of peak demand and total 
energy requirements. 

Section 11 
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(c) The electric utility shall demonstrate the cost-effectiveness of the plan 
through a comparison over the ten-year forecast horizon of the revenue 
requirement and rate impacts of the selected plan and alternative plans 
evaluated. The selection of the plan shall demonstrate adequate 
conslderatlon of the risks, reliability, and uncertainties associated with 
the person's selected plan and alternative plans, and of olher factors the 
electric utllity deems appropriate. 
(d) The methodology for arrlvlng at the plan must be fully explained and 
descrlbed. The description must be sufficiently explicit. detailed and 
complete to allow the commlsslon and other knowledgeable parties to 
understand how the assessment was conducted. This description shall 
also Include: 

(1) A general discussion of the decision-making process, criteria, and 
standards employed by the electric u t i l i  as it relates to the 
development of the resource plan. 
(ii) A dlscussion of how the plan is consistent with the overall planning 
objectives of paragraph (A) of rule 49@1:5-5-03 of the 
Administrative Code. 
(iii) A discussion of key assumptions and judgments used in 
development of the resource plan. 

(e) The reporting person shall provide information sufficient for the 
commission to determine the reasonableness of the resource plan, 
including: 

(i) The adequacy, reliability, and cost-effectiveness of the plan. 
(ii) Whether the methodology used to develop the plan evaluates 
demand-side management programs and nonelectric u t i l i  
generation on both sides of Ute meter in a manner consistent with 
electric utility's generation and other electricity resource options. 
At a minimum, the total resource cost test as defined in rule 
49013-39-01 of lk Administrative Code, should be used to 
determine Ihe cost-effectiveness of demand-side management 
programs. 
(iil) Whether the plan gives adequate consideration to the following 
faclors: 

(a) Potential rate and customer bill impacts of the plan. 
(b) Environmental impacts OF the plan and their associated costs. 
(c) Other significant economic impacts and their associated costs. 
(d) Impacts of the plan on the financial status of the company. 
(e) Other strategic considerations including flexibiliiy, diiersity, 
the size and lead time of commitments, and lost 
opportuniiies for investment. 
(f) Equity among customer classes. 
(9) The Impacts of the plan over time. 
(h) Such other matters the commission considers appropriate. 

Sections 9 & 10 

Sections 1, 2, & 11; 
Apendioes K, L, & M 

Section 8 

Sectlon 7 

Sectlon 12 
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I Apr-IO v. . .  
$W* 

Page I of2 

[ M - I O  v. 
SSR- oGl-10V. 

@pa)- 
2010 LTFR 

4.308 
4,382 4,382 
4,442 4.407 
4.5 07 4,431 

2014 4,560 4,440 
2015 4,611 4,446 
2016 4,654 1.432 

2018 4,761 4,456 
2019 4.800 4,399 
2020 4.829 4,332 

2017 4,717 4,458 

n)E M .  fx!Me 
2010 IRP LOI~SI Foremf 

4,266 4.474 
4,264 4.290 
4,278 4 1 6 0  
1,314 4289 
4,313 4,290 
4.301 4,284 
4,278 4,262 

4.279 4,274 
4,267 4.270 
4,229 4,241 

4,279 4168 

2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 

3.9% 
.2S% 
-3.3% 
.3.294 
3 3 %  
-3.6% 
-4.0% 

5.324 
5,370 
5.044 
5.099 
5,134 
5,165 
5.186 
5,222 
5,247 
5.270 

21,453 
21.813 
22,041 

2013 22,323 
2014 22,524 
2015 22.721 
2016 22,869 
2017 23,096 
2018 23.273 
2019 
2020 

fREV Fwm FE-D3/ 
5,324 5.116 
5,370 5,131 
5.005 
5,016 
5.002 
4,985 
4,956 
4,952 
4,917 
5.838 I' 4.745 

Apr.10~. Oct-lOv. 

09(Rov) OP(Rou) Apr-10 
sap. ssp. h t . t O V .  

-3.0% -LP% t6% 
-4.5% - 2 m  l.S% 
-4.6% -29% L6Z 
-4.4% -3.0% 1.4% 
4.7% -3.3% U% 
-5.0% -3.6% 1.5% 
-5.4% -3.9% 15% 
-5.7% -4.2% 1.6% 
-5.8% -4.2% t 6 %  
-5.4% -3.8% 1.7% 
-5.2% -3.5% 1.7% 

5,236 
4.784 4.877 
1,811 4,895 
4,606 4,894 

4,891 
4.786 4,679 
4,790 4,686 
4.790 
4,777 4,678 

09(Rev) I OS(dw) I Apr-IO 

-1.0% 
-2.7% 
-23% 
-2.6% 
-22% 
-3.3% 
-3.7% 
4.0% 

4.9% 
0.6% 

*0.4% 
-0.6% 
-0.4% 
.O.Il% 

-0.3% 
. o m  

Summer PEAK V a r i a n m  

09(Rou) OSIRCv) Apt-10 

4.49; 

-3.9% 
-3.7% 
-3.4% 
-3.196 

-1.296 

2.1% 

1.?% 

1.8% 
1.9% 

2.0% 
2.1% 

AEP East 
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Energy Requiremnt  (GWh) 
Comparable Fotecasl Wnlages 

. .  
SqrdO(Ilwl* : :.@lo OcklQ . 

2010 tTm ZOiOlRP lutest foremst 
(REVForm FE-01) 

22,272 22.272 22,094 22,910 
22,738 22,738 22,002 22.506 
25,034 22,870 22,154 22,650 
23.283 22,933 21,274 22,769 

2014 22,961 22,233 22.728 
201s 22,994 22.120 22,617 
2016 23,019 22,033 22,531 
2017 23,022 21,961 22,482 
2018 22,999 21,948 22,451 
2019 22,745 21,853 22,358 
2020 22.493 21,681 22,187 

Forecasted ENERGY REQUIREMENT Comparison by Recent "Forecast Vintage" 

Apr-10 v. OC~IU v .  

OB(Rev) OB(Rev) Apr-IO 
Sop- Sep- Oct-iOv. 

-08% 2.% 3.?% 
-3.2% -1.0% 2.3% 
-3.1% -1.0% 2.2% 
-2.9% -0.7% 2.2% 
-3.2% .l.G% 2.2% 
-3.8% -1.6% 1.2% 
439b - 2 2 %  2.3% 
11.5% -2.3% 2.3% 
4.6% -2.4'16 2.3% 
-3.9% -1.776 2,3% 
-3.6% -1.4% 2.3% 

Energy Reqoimrncnl (GWh) 
Comporable Foremsr Vimages 

0' apiH act-10 . 
ZOlDlTFR 201OIRP M a l  Forecosl 

REWFcrm Ff-DIJ 
124.6eO 121,863 123.523 
127.247 121,716 124.532 
128,374 123.044 125,877 
129,ORO 123,868 126,690 
129.545 124,011 U6.836 
130,026 123,885 126,713 
130,561 123,941 126,775 
130.961 124,111 126,953 
131,316 124,400 127.245 
131,140 l24,641 127,490 
131,019 124.764 127,616 

Ohio Power Company 
Energy Requlrement (GWh] 

Cornparawe Forecast Vintages m I .  I I 

ENERGY Variances 

sopas OGt-10 . Aw.10 * .  
EASEDON=> 2010LTFR 20?017'FR I 2010 IRP I totest Foremst 

2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
zozo 

30,809 
31,245 
29,336 
29.547 
29,697 
29,834 
29,979 
30,098 
30,182 
30.258 

fREVForm FE-DIJ 
90,809 
31,245 
29,127 
29,103 
28,392 

28,751 
28,599 
28,431 
27,966 

30,462 
30,603 
28,388 
28,494 
28.483 
28,448 
28,412 
28,369 
20,354 
28,257 

30,754 
31,331 
29,068 
29,163 
23,159 
29,122 
29,090 
29,051 
29,039 
28.945 

ENERGY Variances 

-2.1% 

-2.1% 
4.7% 

-0.3% 
1.0% 

1.0% 

2.4% 
2.3% 
2.4% 

2.41 

2.4% 

EASED ON =Z 

2010 
2011 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 

124,680 

128,748 
129,874 

131,758 
132,766 
l33.638 

135,257 

4.3% 

-4.2% 
-4.0% 

-5.1% 
-52% 
-5.336 
-5.0% 

-2.1% 
-1.9% 

-2.1% 
-2.5% 
-2.9% 

-3.11 
-2.696 

1.4% 

2.396 

2.3% 

23% 
2316 
2.3% 

-ins 6/1/10Companymrpome toa Slnfilnqulry [email lrom Steve Nourie roDanlohnson,et all in Case Nos. IO-SO1-EL-FORend lD.502-EL-FOR. 
the CSP and OPCo 2010 LTFR Form 'FE-01' was rwlsed to reflect an "txpanded" uiew or DSM activity bepnd the iniUal~3rearl program perlod 
[200!3.20111 orlginaiiy projecled-and filed- in order to capture the  impads of long-hrm benchmark E M  rquirernentr under 50.221. Such 
(expanded) 05M baris war rubsequenliy telleded in Ihe 'Apr-10' and ' 0 d . l W  enet&y requiiernenl foretails shown above. 

Othet Note% o For comparaltve p u r ~ o s a .  forecasted Energy profiles arc reflective aiDSM Inltiatius, 
but are not refleclhreof Ohio Customer Choice pr@ectionr 

o For cunenr plannlngpurposes only, Ohlo Power Company Sales for Resale customer 
Wheeling P o w r  Company isassumed to merge with affdlate Appalachian Power 
Company (Le. no impad on 'AEP East' resu1ti)effective 1-1-2011 
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Fuel Adeqirucy and Fuel Procurement Policy 

201 1 

2012 

2013 

2014 

2015 

2016 

2017 

2018 

2019 

The generating units of Ohio Power and Columbus Soulhem Power, known 
collectively as AEP Ohio, and the other AEP SystemEast Zone operating companies, which 
are predominantly coal-fired, are expected to have adequate fkel supplies to meet normal 
burn requirements in both the short-term and the long-term. AEPSC, acting as agent for AEP 
Ohio, is responsible for the procurement and delivery of he1 to AEP Ohio’s generating 
stations, as well as setting coal inventory target level ranges and monitoring those levels.. 
AEPSC’s primary objective is to assure secure, flexible and competitively priced fuel 
supplies and transportation to meet generation requirements, recognizing the dynamic nature 
of fuel markets, environmental standards and regulatory requirements. Deliveries are 
arranged so that sufficient fuel is available at all times. 

8 1.72% 

53.70% 

46.5 1 Yo 

43.25% 

42.50% 

44.40% 

44.45% 

18.97% 

7.52% 

AEP-East obtains much of its total coal requirements under long-term arrangements, 
thus assuring the plants of a relatively stable and consistent supply of coal. The table below 
outlines the percentage of coal supply under contract for AEP Ohio for the years 201 1 
through 2020. 

I 

2020 I 0.00% 

The remaining coal requirements are normally satisfied by niaking short-term 
purchases. Occasionally, purchases may also be made to test-burn any promising and 
potential new long-term sources of coal in order to determine their acceptability as a fie1 
source in a given power plant’s generating units. - 



AEP-East's he1 requirements vary from plant to plant, depending upon such factors 
as environmental restrictions and boiler design, as well as the demand for electricity. In 
2009, coal consumption at AEP-East operated plants aggregated to more than 48 million 
tons. Of this amount, AEP Ohio plants accounted for nearly 25 million tons. Historically, 
the coal supplies for the Ohio plants have primarily been provided by operations in Ohio, 
West Virginia, Kentucky, and Wyoming. 

AEPSC, acting as agent for AEP Ohio, is also responsible for the procurement and 
delivery of gas to two AEP Ohio gas plants. These generating units do not have long tern 
supply contracts as they provide peaking and intermediate load services. The two plants 
have had significantly low capacity factors with total consumption in 2009 of approximately 
4.75 billion cubic feet. In addition, there are adequate fuel supplies available in the market, 
mitigating the need for long tern1 supply contracts. The plants are served by various 
pipelines, including Texas Eastern, Columbia Gas and Dominion. 



c 
EXHIBIT 

REQUEST 

Refer to the Wolvlhas Testirnony at page 15, lines 1-5. One of the reasons given for depreciating 
the FGD at Big Sandy Unit 2 over 15 yews is to reduce the risk of stranded investment in the 
fiitwe. 

a. What is I(;entuclcy Power's assessment of the risk of the FGD becoming a stranded 
hivestment? 

b. Explain why exisitng customers should pay for this future risk. 

K- rnSIPONSE 

a 

{ 
b L  

With the increasingly stringent and ever changing position of the EPA and its iule making, 
the Company believes tliat it is a medium r i s k  that htme EPA rules would result in stranded 
investment in the DFGD in the absence of a 15-yea depreciation period. 

b. The investment is being made for the benefit of cunent customers. Most of the Comnpauy's 
current customers will also be customers in 15 aid 25 years fiom now. The Company is 
trying to match as best it can the cost to the cost causer in the event the risk is realized. 

\WTmSS: Ranie K Woludias 
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EXH I BIT 

KPSC Case No. 2011-80401 
C~~lamission Staff% First Set of Data Requests 

Order Dated January 13,2012 
Itern No. 89 
Page 1 of 1 

REQUEST 

Refer to pages 14-15 of the Wohnlias Testimony. 

a. Under Option # 1 , what is tlie expected reinailing useful life of the existing equipment? 

b. Under Option #1 , if tlie expected remaining life of the existing.equipmeiit is longer tlian 15 
years, explain why it would not be appropriate to matcli tlie depreciation lives of tlie new 
environmental coiitrol equipment with the expected rexmining lives of the existing equipment. 

e. Provide tlie rationale for t l d b g  that the Comnission would not allow tlie continued 
recovery of all authorized expenses. 

d. For Options #l  though #4, explain whether the depreciation lives of the equipment in the 
c 

various options were tlie same. If not, why. 

RESPONSE 

a. Please see response to Coimnissioii StxEs First Set of Data Requests, Item No. 12. 

b. It is an appropriate option and has been used by AEP as shown on page 2 of the response to 
Staff 1-90. However, all of those showed anestimated plant life of 60 years. Even though tlie 
Coinpany has stated that tlie service life for Big Sandy Uilit 2 could approach 70 years, it is 
iiot a guarantee aid thus 15 years (service life of 60 years) is more appropriate. 

e. The Coiiipany is iiot statbig that the Coiimiission would iiot allow recovery of all authorized 
expenses. 

d. Option #1 was the only optioii with a 15 year depreciation life. Options #2 and #3 used the 
remaining life of tlie equipmelit because they would be gas units wlGch will iiot have EPA 
regulations to hinder tlieir operations. Option #4 is a market option and thus depreciation 
does iiot apply. 
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EXHIBIT 

KPSC Case No. 2011-00401 
Sierra Club’s Initial Set of Data Requests 

Dated January 13,2012 
Item No. 17 
Page 1 of 3 

Kentucky Power Company 

REQUEST 

Direct Testimony of Ranie Wohnhas, pages 14 and 15. 

a. Please identify the generally accepted accounting principles that apply to the determination 
ofthe time period over which the Company depreciates major capital investments, such as 
the capital cost of a FGD. 

b. Please identify the time period over which the Company would propose to depreciate the 
cost of the FGD unit according to those generally accepted accounting principles and in the 
absence of any material risk of future environmental regulations. 

<- 
t‘c. 

c. Please identify cases in which the Public Service Commission of Kentucky has approved a 
15 year time period for depreciation of a FGD. 

d. Please identie cases in which the Public Service Commission of Kentucky has approved a 
time period for depreciation shorter than the one consistent with generally accepted 
accounting principles in order to reduce the risk of stranded investment. 

e. Please identify cases in which the regulatory commissions in other states in which American 
Electric Power operates have approved a 15 year time period for depreciation of a FGD. 

f. Please identify cases in which the which the regulatory commissions in other states in which 
AEP operates have approved a time period for depreciation shorter than the one consistent 
with generally accepted accouriting principles in order to reduce the risk’of stranded 
investment. 

g. Please list the “increased EPA standards” that could cause operation of this unit not to be 
economically feasible in the future. 

h. Please describe how the Company analyzed the risk associated With those “increased EPA 
standards” in its economic evaluation of resource alternatives. 

SC EXHIBIT b 



KPSC Case No. 2011-00401 
Sierra Club's Initial Set of Data Requests 

Dated January 13,2012 
Item No. 17 
Page 2 of 3 

i. Please explain how the Company would bear a portion of the risk of stranded investment if 
the Cornmission approves recovery through the environmental cost recovery surcharge, 
and describe the percent of the risk the Company would bear. 

j . Please explain, with supporting illustrative calculations, how a 15 year depreciation period 
would reduce the risk of stranded investment that ratepayers will bear if the Commission 
approves recovery through the environmental cost recovery surcharge. 

RESPONSE 

a. 

b. /- 

L 
E 

C. 

d. 

e. 

f. 

g. 

The Generally Accepted Accounting Principle (GAAP) that applies to the determination of 
the t h e  period over which the Company depreciates its investment+ the matching 
principle. The matching principle requires that the asset's cost be allocated to depreciation ' 
expense over the life of the asset. 

FASB 71 states that if a regulator prescribes a period of t h e  to depreciate an asset that is 
shorter than the useful life of the asset then using the shorter life is consistent with GAAP. 

The Company is not proposing a period other than the 15 years since is does not believe it is 
appropriate to assume an absence of any material risk of future environmental regulations. 
As stated in response to Staff 1-12, the expected life could reach 70 years and thus the 
depreciation life would be 25 years. 

The Company is not aware of any cases in which the KPSC approved a 15 year time period 
for depreciation of a FGD. 

The Company is not aware of any cases in which the KPSC approved a shorter time period 
to recover depreciation in order to reduce the risk of stranded investment. 

The Company is not aware of any other regulatory coxunission in other states in which 
American Electric Power operates has approved a 15 year time period for depreciation of a 
FGD. 

In Indiana & Michigan's CPCN filing for a scrubber on one of its Rockport Units in Cause 
No. 43636, they are asking for a 15 year depreciation period. Please see Attachment 1 to 
this response as the statutory authority to ask for this t h e  frame.. 

The Company does not know what those future increased EPA standards will be at this 
time. 



h. The Company did not attempt to analyze the risk associated with future unknown increased 
EPA standards. 

i. The Company proposes to make the investment to provide service to its customers at the 
lowest cost and in accordance with federal law. Under these circumstances the Company 
should not bear any risk of stranded investment. 

j . Attachment 2 to this response is an illustrative calculation comparing the depreciation of 
an asset over 15 years versus 25 years. You will notice that at the end of 15 years the asset 
being depreciated over 25 years still has $370M of undepreciated plant (net plant). If the 
Company were to retire that asset in year 15 (before the end of the 25 year depreciation 
period), the $370M of net plant is stranded investment. If the asset were to be retired prior 
to 15 years, both scenarios would have stranded investment, but the asset being depreciated 
over- 15 years would have less stranded investment versus the asset being depreciated over 
25 years. Thus, the amount at risk subject to stranded investment is much less. 

r-- 

' .- 

WITNESS: Ranie K Wohnhas 

KPSC Case No. 2011-00401 
Sierra Club's Initial Set of Data Requests 

Dated January 13,2012 
Item No. 17 
Page 3 of 3 
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BURNS INDIANA STATUTES ANNOTATED 
Copyright Q 2011 by Matthew Bender 62 Company, Inc., 

FA menber of the LexisNexis Group. 
All fights reserved, 

s*i'*Sta.tules cwrentthrough Act PL 23 1 of the 201 1. First Regula Sessio@* 
***t5lmotations ament "Jnrough Julie 28,201 I for Indiana Supreme Court cases, through June 22,201 1 for hdiana Ap- 

pellate Court cases, th~'ougb May 27,201 1 for Indima Tax Court cases, and "hough July 8,20 1 1 for Federal Court: 
(.&es*:k&t: 

Title S Utilities and Transportation 
Article 7 Public Utilities 

Chapter 2 hdiana Utw Regulatory Cornmission 
[Valuation and Accounting] 

Go to the Indiana Code Archive Directory 

Bums hrd Code Ai7ri. $8-1-24.7 (201 1 } 

8-I-2-G.7. CIean coal technofogy - Depreciation, 

(a) As used il. this section, "clean coal technoIogy" means it technology (incIuding precombustion treatment of coal): 

(I) '€bat is used in a new or existing e!ecfxic generating fa~ility and directly or ind.irmtry reduces airboine emis- 

(2) That either: 

sions of sulfiu- os nitrogen based pcrlI~flants associate6 with the combustion or use of coal; and 

(A) 1s not in general comniexcial use at &e same of greatex scde in new or existkg facilities in the United 
States as o f  Jaiiuary 1, 1989; or 

(B) Eas been selected by the United States DeparhTient ofEnergy for fuj.ading under its Innovative Clem Coal 
TechoIogy p ~ ~ @ ; u n  aid is furalIy approved for such funding on or after January 1, 1989. 

(3.1) The co~iinission shdl &ow apublic 01- muuicipally owned electsic utility that incoipomtes Clem coaltschuof- 
ogy to depreciate that technology over aperiod ofnot less &an ten (IO) years or the useful economic life of the teciUmI- 
ogy, whichever is Iess a?id not more than twenty (20) years if it finds that the fzciEty where the clean coal technology is 
employed 

(1) Utilizes and will continue to d i m  (as its priniary fuel souxce) Indiana coal; or 

(2) Is justified, bacause of economic cousiderations OT governmental requirements, in utiIi5rig non-Indiana coal; 

affa  fbe techology is in place. 

EXE3'kolt'Y: P.L.105-1989, $ 3 .  

LexisNexis 50 State Surveys, Legislation 8 c  ReguIakions 

Coal Pxocesshg Cslr. Power Generation 
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EXHIBIT 

c 

REQUEST 

KPSC Case No. 2811-00401 
Sierra Club Supplementall Set of Data Requests 

Dated February 8,2012 
Item No. 86 
Page 1 of 1 

Refer to the Coiiipany’s response to Sieil-a Club iilitial data request 1-17b and 1-1711. Direct 
Testiiiioiiy of Ranie Woludias, page 14 line 22 to page 15 line 5 refers to tlie possibility that 
h t w e  increased EPA standards could “...cause operation of this unit iiot to be ecoiiomically 
feasible in the fiihu-e”. With reference to tlie possibility of such fiitwe iiicreased EPA standards 
response I-17b states tliat the Conipany “...does not believe it is appropriate to assuiiie an 

. .  absence of any material risk of fixture eiiviroiuiieiital reg~ilatioiis.” ._ _ _  

a. Please coilfiriii tliat tliese two statements indicate tliat the Coiiipany believes it is 
appropriate to assume there is a iiiaterial risk of future eiiviroiuiieiital regulatioiis tliat could 
cause operation of tlie Big Sandy Uilit 2 not to be econoiiiically feasible in the fixture. If tlie 
Coiiipany cannot coilfiriii this iiiterpretatioii please explain wliy iiot. 

b. If tlie Coiiipany believes it is appropriate to assume there is a material risk of fixture 
eiiviroiuiieiital regulations tliat could cause operation of the Big Sandy Unit 2 not to be 
ecoiioiiiically feasible in tlie fiilme, please explain why the Coliipaiy did not analyze that 
risk per response 1 - 1711. 

RESPONSE 

a. The Coiiipiy believes it is appropriate to assume there is risk of fixhu-e eiiviroixiieiital 
regulatioiis tliat could cause operation of tlie Big Sandy Uilit 2 iiot to be ecoiioiiiically 
feasible in tlie fiittu-e. 

b. While the Coiiil:,any agrees it is appropriate to consider risk of fiiture eiiviroiuiieiital 
regulations, it is difficult to quantify sucli risk from poteiitial uiduiowii requireiiieiits. 
However, tlie Coiiipany has proactively attempted to quantify such risk by including costs 
in analyses that are associated with curreiit and potential EPk regxlatory prograiiis. Iii 
addition to tlie fnial CSAPR and MATS rules, analyses of Big Saiidy Plant iiiclude 
poteiitial cost iiiiplicatioiis related to the proposed 3 16(b) and CCR rules a id  the yet-to-be 
proposed Steam Electric Efflueiit Guidelines. Each of tliese programs could require 
iiistallatioii of mitigation tecluiology at Big Saiidy Plant. hi addition, the Company has for 
soiiie tiiiie now iiicluded a carbon “tax” in its analyses as a proxy for some fixture regulatioii 
of greeidiouse gas einissioiis. The tiiiiiiig of tlie applicability of such a proxy lias changed 
as prospects for Green House Gas legislation have waned in tlie cull-eiit US Congress. c WITNESS: Raiiie I< Woludias 

I 
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EXH I BIT I 

KlpSC Case No. 2011-00401 
Sierra Club Supplemental Set of Data Requests 

Dated February 8,2012 
IteirnNo. 18 
Page 1 of 1 

REQUEST 

Refer to tlie Coiiipany’s respoiise to SieiTa Club initial data request 1-17j. If tlie Coiiipaiiy 
expects to recover the total aniouiit of all revelme requirements associated ~ i t h  Big 
Sandy unit from ratepayers, llicludiiig all stranded investment, why is it conceriied about 
tlie nrunber of years over wliicli it recovers that amomit? (TVe recognize that the iiet 
preseiit value of tlie total amouit tlie Coiiipany would ultimately collect from ratepayers 
would be less if it collected the reveiiue requirements and stranded iiivestineiit over a 
shorter iimiber of years rather tlian a longer iiunber of years). 

RESPONSE 

If the Coiiipany were allowed recovery of all costs associated with iiistallliig a DFGD on 
Big Sandy Uiiit 2 including any future stranded i.nvestnieiit, then the Coiiipiy would not 
be as coiicerned about tlie muiiber of years in w-liicli it recovers those costs. 

WITNESS: Ranie IC Woludias 
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EXHIBIT 

c IWSC Case NO. 2011-00401 
Attorney General’s Supplemental Data Requests 

Dated February 8,2012 
Item No. 6 
Page 1 of 2 

Kentucky Power Company 

mQUEST 

Please describe in detail (including age, year acquired, teclmology, and whether facility was 
operational) any natural gas-fired power plaits tliat AEP or ICeiitLiclcy Power lias purchased siiice 
2005? 

a. For the iiahu’al gas-fired power plants AEP or Keiituclcy Power has purchasecl siiice 2005, 
were these plants pucliased at or below the cost of iiew construction? 

b. For the natural gas-fired power plant AEP or Keiitticlcy Power has p~ircliased siiice 2005, 
what was the process administered in the pwcliase of these plsuits? Was a request for quotes 
adiiiiizi s ter ed? 

IUZSPONSE 

Keiitucky Power Coiiipaiy owis 110 gas-fired generation. Listed below are the gas-fired power 
plants purchased by AEP siiice 2005 : 

Waterford Generating Station -- Tlie Waterford plait is ai 52 1 -megawatt, natural gas-fired, 
coiiibiiied cycle plait located hi soutlieasterii Olzio. The plait began coimiiercial operation in 
August 2003. AEP coiiipleted the purchase of Waterford Sept. 28, 2005, from an dfiliate of 
Public Service Enterprise G r ~ ~ i p  for approximately $220 million. 

Ceredo Generating Station -- The Ceredo plant, located near Ceredo, W.Va., is a 505- 
megawatt, natural-gas, simple-cycle power plant. Designed aiicl built for Coluiiibia Energy by 
AEP‘s Pro Serv subsidiary, it was coiiipleted aiid began coiimiercial operatioii in 200 1. AEP 
completed the purchase of Ceredo 011 Dec. 15, 2005, from a subsidiary of Reliant Energy for 
approximately $100 million. 

Darby Geiierating Station -- The Darby plant, located approximately 20 iiiiles southwest of 
Col~iii ib~i~, is a 480-megawatty iiatural-gas, siiiiple-cycle power plaiit. The plaiit began 
commercial operation in 2001. AEP coiiipleted the pwcliase of Darby 011 April 25, 2007 froiii 
DPL Energy, LLC, a sLibsicliary of DPL Iiic., for approximately $102 million. 

t 
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c 
IE(1LpSC. Case No. 2011-00.401 

Attorney GeneraPs Supplemental Data Requests 
Dated February 8,2012 

Item No. 6 
Page 2 of 2 

kawrenceburg Generating Station -- Tlie Laweiicebmg plait, located adj aceiit to AEP‘s 
Tamers Creek Plait in Laweiiceburg, Iiid., is a combined-cycle, iiatwal-gas power plait with a 
geiieratiiig capacity of 1,096 megawatts. Tlie plant began coiiunercial operation in June 2004. 
AEP coiiipleted tlie pwcliase of the plant May 16, 2007 from ai affiliate of Public Service 
Enterprise GIOLI~ for approximately $325 iidlioii. 

Dresden Generating Station -- The Dresden plait, located near Dresden in east-ceiitral Ohio, is 
a coiiibiiied-cycle, iiatLml-gas power plait with a geiieratiiig capacity of 5 80 megawatts. AEP 
coinpleted the purchase of tlie partially constructed plait hi September 2007 from Dresden 
Energy LLC, a subsidiary of Dominion for approxiinately $85 million. Tlie plait begai 
coimnercial operation in J a i ~ i a y  2012. Total costs for the plait were approximately $366 
million. 

a. 

b. 

Tlie purchased facilities were “distressed.” That is, tlie sellers were thought to be liiglily 
motivated because of high natural gas costs aid a S L U ~ ~ L I S  of capacity. As a result, and 
although a formal study was iiot performed to determine tlie cost of iiew construction of the 
same facility, it is the Coinpaiy’s belief that tlie purchase price was at or below the cost of 
new coiistructioii. 

In 2004, American Electric Power Coiiipaiy, Inc. ((‘A”’’) system persoimel 011 behalf of 
the AEP East system operating comnpa3es generally, a id  not a iy  specific AEP operating 
coiiipaiy, launched ai initiative to identify aid evaluate existing “distressed” marketplace 
assets to deterinhie if these assets could be acquired at a discount (when coinpared to iiewly- 
built generation) that exceeded tlie near-term ca-ryiiig costs of these assets. Several 
facilities, which were either already in operation or wider coiistructioii, aiicl which were 
directly coimected to AEP traiismissioii system, as well as mi asset relocation option, were 
identified for possible acquisition. AEP then p-Lusued the acquisition of assets (note that in 
some instances, owners of assets coiitacted AEP directly regarding their interest in selling 
their assets to AEP) through bilateral discussions. Tlie assets that were successfidly 
acquired tlu-ough this process are outlined in tlie respoiise to AG 2-6. 

A formal RFP for quotes was not administered by IQCo or AEP for poteiitial additions of 
iiahu-a1 gas generation to AEP’s Easterii Fleet. 

WITNESS: Toby Thomas 
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Please state your name, business address and position. 

My name is Jeremy Fisher. I am a scientist with Synapse Energy Economics 

(Synapse), which is located at 485 Massachusetts Avenue, Suite 2, Cambridge 

Massachusetts 02 139. 

Please describe Synapse Energy Economics. 

Synapse Energy Economics is a research and consulting firm specializing in 

energy and environmental issues, including electric generation, transmission and 

disb5bution system reliability, ratemaking and rate design, electric industry 

restructuring and market power, electricity market prices, stranded costs, 

eEciency, renewable energy, environmental quality, and nuclear power. 

Please summarize your work experience and educational background. 

I have ten years of applied experience as a geological scientist, and four years of 

working within the energy planning sector, including work on integrated resource 

plans, long-term planning for states and municipalities, electrical system dispatch, 

emissions modeling, the economics of regulatory compliance, and evaluating 

social and environmental externalities. I have provided consulting services for 

various clients, including the U.S. Environmental Protection Agency (EPA), the 

National Association of Regulatory Utility Commissioners (NARUC), the 

California Energy Commission (CEC), the California Division of Ratepayer 

Advocates, the State of Utah Energy Office, the National Association of State 

Utility Consumer Advocates (NASUCA), National Rural Electric Cooperative 

Association (NRECA), the State of Alaska, the Western Grid Group, the Union of 

Concerned Scientists (UCS), Sierra Club, Natural Resources Defense Council 

(NRDC), Environmental Defense Fund (EDF), Stockholm Environment Institute 

(SEI), and Civil Society Institute. 

Direct Testimony of Jeremy Fisher, Ph.D. Page 5 



1 

2 

3 

4 

5 

6 

7 

8 Q  
9 A  

10 Q 
11 

12 A 

13 

14 

15 
16 
17 

18 A 

19 

20 

21 

22 

23 

24 

25 

26 

27 

Prior to joining Synapse, I held a post doctorate research position at the 

University of New Hampshire and Tulane University examining the impacts of 

Hurricane Katrina. 

I hold a B.S. in Geology and a B.S. in Geography from the University of 

Maryland, and an Sc.M. and Ph.D. in Geological Sciences from Brown 

University. 

My full curriculum vitae is attached as Exhibit JIF-1. 

On whose behalf are you testifying in this case? 

I am testifying on behalf of Sierra Club. 

Have you testified previously before the Kentucky Public Service 
Commission? 

Yes, I have. On September 16,201 1 I filed direct testimony in the joint 

application of Kentucky UtilitiesLouisville Gas &Electric for a CPCN in similar 

dockets (201 1-00161 and 201 1-00162). 

Please identify the Company’s documents and filings on which you base your 
opinion regarding the Company’s expectations for and treatment of 
environmental compliance costs affecting its fleet of coal plants. 

In addition to the Application for Certificate of Public Convenience and Necessity 

(CPCN) with accompanying witness testimony and appendices in this case, I have 

reviewed the following data prepared by Kentucky Power Company (KPCo) and 

American Electric Power (AEP) (the “Company”, collectively): 

e Select input and output data from the Strategist model as used by the 

Company in this docket; 

0 Input and output data from the Aurora model to the extent made available 

by the Company; 

e Numerous spreadsheet workpapers supplied by the Company in response 

to discovery requests by Sierra Club, Staff, and KIUC. 

Direct Testimony of Jeremy Fisher, Ph.D. Page 6 
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e Other discovery responses filed by the Company to both Sierra Club and 

other parties. 

Have you based your findings and opinions on the complete set of filings 
submitted by the Company? 

Yes, however, the Company’s failure to timely respond to Sierra Club’s data 

Fequests hindered our ability to determine whether additional information relevant 

to the Company’s filing exists. In particular, Sierra Club received incomplete 

responses to initial data requests and only received complete responses on 

February 27* - four days prior to the original direct testimony deadline and more 

than two weeks after the filing deadline for supplemental discovery.’ These 

initially withheld responses turned out to be quite crucial in our assessment of the 

Company’s plan. It took the entirety of the last two weeks remaining to us to 

piece together how the Company arrived at its final conclusion. While the 

mechanism by which the Company arrived at its answer was eventually brought 

to light, the information in these files raises many more questions that should be 

fully explored. Without questioning motive, we have found numerous key 

assumptions obfuscated or incompletely explained. Therefore, I hesitate to say 

whether the information supplied by the Company to date presents a complete 

picture upon which the Commission and the parties can evaluate the Company’s 

filing. 

What is the purpose of your testimony? 

My testimony details and evaluates specific components of the Company’s 

analysis supporting this CPCN application. My testimony reviews both inputs 

assumptions and the outcomes from two models used by the Company to support 

this filing: STRA’IXGIST (“Strategist”) and AuroraxmP (“Aurora”). I approach 

four significant areas of concern within the Strategist model and supporting 

The Company apparently filed the supplemental response to 1-69 “containing detailed back-up to Exhibit 
SCW-QA through SCW 4-E” on Wednesday, February 22”, but sent the files to Sierra Club analysts by 
second-day delivery. This mailing was not received until the start of business on Monday, February 271h. 
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12 

13 

14 

15 

16 Q 
17 A 

18 

19 

20 

21 

22 

workpapers: which capital costs are utilized in the model, how fixed operating 

and maintenance costs are portrayed in the model, the treatment of off-system 

sales from KPCo, and the adequacy of the sensitivities explored using Strategist. 

For both the Strategist and Aurora models, I challenge the assumption that the 

Company’s carbon dioxide (COz) price forecast represents a standard in the 

industry or a reasonable assessment of COz price risk. Finally, I assess the utility 

of and assumptions behind the Aurora model, challenging internal inconsistencies 

between stated input assumptions and those actually used in the model, the 

derivation of fundamental assumptions and errors in those derivations, the output 

of the model as compared against the Company’s other modeling mechanism, and 

the use of the model in this filing. 

My testimony relies on Strategist modeling conducted by my colleague Ms. 

Rachel Wilson, who has also sponsored testimony in this docket, and supports the 

conclusions drawn by my colleague Mr. Hornby. The calculations that I present in 

this testimony are my own. 

Are you filing any exhibits with this testimony? 

I have attached the following exhibits to this testimony: 

0 Exhibit JIF-1: Curriculum Vitae; 

0 Exhibit JIF-2: Relative cumulative present worth of Options 1,2, and 4A 

under Company and corrected assumptions; 

0 Exhibit JIF-3: Tables indicating the CPW of Options 1-5 under Company 

assumptions and corrected assumptions; 

23 0 7 

24 9 

25 

26 

27 - 
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Exhibit JIF-7: Comparison of COz price forecasts government entities, 

other electric utilities, industry groups, and Company; 

Exhibit JIF-8: Synapse C02 price forecast paper, February 201 1. 

Exhibit JIF-9: Company results from Strategist with ranges from Aurora 

model. 

Exhibit JIF-10: Differences between Aurora and Strategist outcomes; 

differences between Aurora and Strategist variables. 

Exhibit JIF-11: Comparison of CPW cost components between Strategist 

and Aurora. 

Exhibit JIF-12: Correlations for Aurora from Company in testimony, as 

used in Aurora, and as derived from US datasets. 

2. SUMMARY AND CONCLUSIONS 

Q In your opinion and according to the documents you have reviewed, does the 
Application submitted by the Company in this proceeding merit the 
requested Certificate of Public Convenience and Necessity and associated 
Environmental Surcharge? 

No, it does not. I have found numerous errors, inconsistencies, and flaws within 

the workbooks supporting the application rendering the Application inadequate 

and incomplete. The application does not support the Company’s contention that 

the environmental retrofits at Big Sandy 2 are the least cost solution for 

ratepayers. In attempting to reconstruct the Company’s analysis supporting its 

contention, I have found multiple circumstances where specific errors or flaws in 

the analysis or underlying assumptions have biased the results towards favoring 

the retrofits. Correcting these sometimes simple errors leads to the conclusion that 

A 

retrofitting Big Sandy 2 i the economical choice 

for Kentucky Power Company’s ratepayers. 
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4 Q  
5 

6 A  
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10 
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13 

14 

15 

16 

17 

In short, the Company has not demonstrated that the retrofit of the Big Sandy 2 

unit is warranted given the availability of other, lower cost options for the 

Company. 

Are you suggesting that the decision to retrofit the Big Sandy 2 unit is based 
on an erroneous analysis? 

In part, yes. My colleague Mr. Hornby briefly characterizes some of the changes 

made in the Company’s analysis over the last few months of 201 1. Up through 

October of 201 1, the Company was still indicating to shareholders that the Big 

Sandy 2 unit would be retired because it was not economic to install a flue gas 

desulfurization (FGD or DFGD) system? One month later, however, the 

Company indicated to investors that it would Fetrofit the Big Sandy 2, not retire 

it? In at least six presentations from November through December 201 1, 

including some after the Company had requested nearly $1 billion from this 

Commission in this CPCN application: the Company continued to tell investors 

that the retrofit would cost $525 million: While the Company attributes at least 

one slide (and presumably the five others like it) to a “scrivener’s error,”errors of 

the same magnitude are found throughout the analysis underlying this application. 

Attachment to response to Sierra Club DR 1-1. “IS1 Meeting Handout” (October 6,2011) slide 11, and 
response to Sierra Club DR 2-11. “Although the Company was still reviewing all of the alternatives as of 
this date [Oct 6,201 11, Big Sandy Unit 2 was then being shown as a retirement.” 

Attachment to response to Sierra Club DR 1-1. “Morgan Stanley Office Visit” (November 17,2011) slide 
22, and response to Sierra Club DR 2-12. “In November 2011, installation of a DFGD on Big Sandy Unit 2 
was the alternative that had been chosen by the Company.” 

Attachment to response to Sierra Club DR 1-1 “2011 Fact Book 46th EEI Financial Conference” (Nov. 6, 
201 1); “46th EEI Financial Conference Handout” (Nov 7-8,2011); “Morgan Stanley Office Visit” (Nov. 
17,201 1); ‘Vtilities Week Investor Meeting Handout New York” (Nov. 29-30,2011); ‘Wells Fargo 10th 
A M U ~  Pipeline, MLP & Energy Symposium Handout” (Dec 7,201 1); “Goldman Sachs 6th Annual Clean 
Energy & Power Conference” (Dec. 9,201 1); 

Initial CPCN filing on Dec 5th, 2011. 

Attachment to response to Sierra Club DR 1-1. “Goldman Sachs 6” Annual Clean Energy & Power 
Conference” (December 9,201 1) slide 20, and response to Sierra Club DR 2-13. ‘%I reviewing Slide 20 of 
the Goldman Sachs 6” Annual Clean Energy and Power Conference (December 9,2011), investors would 
have noted that the high end cost for the Big Sandy 2 FGD was stated to be $525 million.” 
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Based on evidence provided by the Company, the cost of the FGD retrofit has 

remained unchanged since at least June 201 1.7 While the Company has not 

indicated when it received the estimated cost of replacement natural gas combined 

cycle (NGCC) from Sargent and Lundy (S&L), it appears that this estimate was 

available to the Company in mid-201 1 as 

why the Company’s assessment of the relative economics of retrofitting or 

replacing the Big Sandy 2 unit changed just one month before this application was 

filed. 

Therefore, it is unclear how or 

Other errors and inconsistencies in the Company’s Strategist analysis, such as the 

allocation of all off-system sales for ratepayer benefit (rather than as currently 

split with shareholders), a surprising drop in fixed O&M costs for the FGD unit in 

2030, and an extremely low “base” COz price all appear to favor the Company’s 

retrofit decision. Further, the sensitivity commodity prices used by the Company 

fail to allow for a reasonable exploration of actual risk. 

Inputs into the Aurora analysis, used by the Company as a form of risk 

assessment, contain significant calculation errors and are inconsistent with direct 

testimony filed by the Company in this case. 

See response to Sierra Club DR 2-10e. 

Information embedded in the file “Big Sandy CC Brownfield Build-Option 2 S&L Client Version 
DETALxls” provided in response to Sierra Club DR 1-69 in supplemental response indicates that it was 
“last printed” in May of 201 1. 

_ _ ~  ~ 
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1 Q  
2 A  

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

What is your overall finding? 

When we correct knowable errors within the Company’s fundamental Strategist 

analysis, each and every alternative explored by the Company - repowering Big 

Sandy 1 as a natural gas unit, replacing the Big Sandy 2 unit with a brownfield 

NGCC, or purchasing market power to 2020 to 2025 - are all more cost-effective 

than the FGD retrofit 

Figure 1 below (also Exhibit JIF-SZ Supplemental) shows the total cumulative 

present worth (CPW) of Options 1,2, & 4A under the Company’s “BASE” 

assumptions on the left, and the gap that appears to render Option 1 least cost of 

these three options. On the right, I show the results of our analysis 

, an allocation of off system sales (OSS) to 

shareholders, and running the model under a low-bound carbon dioxide cost 

(COz) representative of that used by other utilities and organizations. 

$8,400,000 

UJ $8,000,000 

:: rl 

0 

E $7,600,000 - z 
g $7,2CQ,WO 

E 
I e 
p) 56,800,000 

E 
8 $6,400,000 

LL 

% - 

56,000,000 

I 40% net OS5 to Shareholders, Synapse Low C02 price 
~ Company “BASE“ case I 

14 

15 
16 
17 

Figure 1. Cumulative present worth (CPW) of Options 1 (retrofit), 2 (NGCC replace in 
2016), and 4A (market purchase to 2020) under Company Base assumptions (left) and 
Synapse revised assumptions and corrections (right) (REVISED). See text for details. 
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1 Q Would you give an overview your testimony structure? 

2 A 

3 

4 

My testimony largely supports the overarching testimony of Mr. Hornby, and thus 

is divided into discrete segments exploring errors and uncertainty in both the 

Strategist model and the Aurora model. 

5 

6 

7 

8 Company. 

e In Sections 3-7, I discuss a series of concerns with the Company’s 

off-system sales, and the commodity pricing sensitivities used by the 

9 

10 

e In Section 8, I challenge the reasonableness and basis of the Company’s 

COz price forecast, and provide alternative options for consideration. 

11 

12 

13 

14 

15 

16 

m In Sections 9-13, I examine the Company’s Aurora model and its inputs, 

to the extent provided by the Company. I discuss my concerns with the 

overall Aurora results, the lack of transparency associated with the use of 

this Aurora model, errors and inconsistencies in the underlying 

correlations used in this analysis, and deep concerns about the use of this 

model to support this particular filing. 

17 m Finally, Section 0 summarizes my conclusions and recommendations. 

18 3. STRATEGIST CONCERNS - OVERVIEW 

19 Q 

20 A 

21 

22 

23 

24 

25 

Please describe how the Company has used Strategist to support this filing. 

An analysis based on output from the Strategist model forms the basis of the 

Company’s decision to retrofit the Big Sandy 2 unit and directly support Exhibit 

SCW-4 in Mr. Scott Weaver’s direct testimony. My colleague Ms. Wilson 

discusses in depth how the Company used the Strategist model itself in this 

proceeding. I have evaluated the post-model analysis conducted by the Company 

and discussed by Mr. Weaver. 

26 

27 

My understanding is that the Company has developed a number of input 

assumptions used to drive the Strategist model. As Ms. Wilson describes, for the 

Direct Testimony of Jeremy Fisher, PLD. Page 13 



1 purpose of this filing, the Company does not appear to have used the optimization 

2 

3 

4 

5 

6 

7 used in Exhibit SCW-4. 

capability of Strategist, instead “locking in” all resource choices and, in effect, 

using Strategist as a production cost model. Certain outputs of the Strategist 

model, specific to the KPCo system, are then brought into what I will call the 

“Company Strategist Compilation Workbook,” a separate analysis that calculates 

the cumulative present worth (CPW) of each option? These CPW values are then 

8 

9 

10 

11 

12 

13 

14 Company Strategist Compilation Workbook. 

The Strategist model is used to compute annual fuel costs, contract and market 

costs and revenues for energy, fixed and variable O&M costs, and total emissions 

costs. Although Mr. Weaver states in his direct testimony that fixed carrying 

charges and capacity sales/purchases are also “model outputs,” this is not strictly 

the case. Both capital carrying charges and capacity sales/purchases, as used in 

this filing, are calculated completely externally to the Strategist model in the 

15 

16 

17 

18 

Also of note is that fixed O&M expenses are input into the Strategist model and 

passed, unaltered, out of the Strategist model; because the Strategist model does 

not optimize scenarios, these fixed O&M charges are effectively calculated 

completely externally to the Strategist model as well. 

19 Q 

20 A 

21 

22 

23 

24 

Which elements of the Strategist model, as used in this filing, are of concern? 

Ms. Wilson describes specific elements of the Company’s use of the Strategist 

model that are of concern. I will focus on inputs to the model, the Company 

Strategist Compilation Workbook, and areas of concern that can be tested quickly 

through the Workbook. In particular, I have five areas of concern that are 

important in this CPCN application: 

25 1. The treatment of off-system sales out of the KPCo system (Section 4) 

These workbooks were made available in supplemental discovery responses to Sierra Club DR 1-69. 
There is a separate workbook for each Option under each market commodity pricing scenario for a total of 
25 workbooks (as used in this filing). 

~ 

Direct Testimony of Jeremy Fisher, Ph.D. Page 14 



REVISED - SUPPLEMENTAL 

1 

2 

3 

4 

5 

6 

10 

3. Inconsistent behavior or use of fixed O&M costs as input into the 

Strategist model (Section 6), 

4. The appropriateness of the “commodity price” sensitivities used by the 

Company (Section 7) and 

5. The Company’s reference carbon dioxide (C02) price is far lower than 

reference prices used by any other source cited by the Company (Section 

8) 

It is my opinion that, had the Company correctly portrayed the current split in off- 

11 ayers and shareholders 

12 used a C02 price consistent with other utilities, 

13 

14 

consultants, and agencies, or any combination thereof, the outcome of this 

analysis would have been very different, and not favorable to the retrofit. 

15 4. STRATEGIST CONCERNS: OFF SYSTEM SALES 

16 Q 
17 

18 A 

19 

20 

21 

22 

23 

24 

What is your concern with off-system sales as depicted in the Company 
Strategist Compilation Workbook? 

My colleague Mr. Hornby addresses whether off system sales revenues are 

appropriately allocated in this CPCN to the correct parties. As he notes, W C o  

currently allocates 40% of off system sales (OSS) revenue to shareholders, not 

ratepayers. Presuming that the Company is presenting the Big Sandy 2 retrofit as 

the least cost alternative for ratepayers rather than for shareholders, one would 

presumably review the benefit for ratepayers - not the Company (i.e. 

shareholders). In the current modeling structure, the Company appears to have 
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1 

2 with shareholders." 

allocated all OSS revenues back to ratepayers, rather than splitting these revenues 

3 

4 

5 modeling should be different. 

If the Company expects that the current 40-60 revenue split will continue through 

the analysis period, then the expectation of ratepayer benefit assumed in the 

6 Q  
7 

8 A  

9 

10 

11 

12 

13 

To what extent would sharing off-system revenues with shareholders impact 
Ehe net outcome of the Strategist analysis? 

I tested how the split in OSS revenues might affect the outcome of this analysis. 

Using the Strategist output of market sales out of KPCo," I deducted 40% of the 

market sales (net of the variable cost of production) from the KPCo system on an 

annual basis, and, following the Company's method for calculating the total 

cumulative present worth (CPVV), subtracted the remaining revenues from the 

stream of costs and calculated a new CPW. 

14 

15 

16 

17 

18 

19 

20 

21 

The Fesult of allocating 40% of OSS revenues to shareholders drives up the cost 

seen by ratepayers - but drives it up faster in those scenarios where KPCo has 

greater off-system sales, in this case Option 1. The CPW of Option 1 rises by 

about $100 million, while the other scenarios rise by about $80 million. 

Ultimately, the net effect is to narrow the gap between Option 1 and the other 

alternatives - and makes the market purchase options more attractive, even 

tipping the balance of Option 4A (market purchases to 2020) into a net benefit 

relative to the retrofit (see 

lo Received from the Company in response to Sierra DR 1-1, the 201 1 EEI Fact Book (Nov. 2011) the 
Company reminds investors that Kentucky has an OSS sharing mechanism allocating 60% of OSS to 
ratepayers (p69). 

Generation and Fuel Module System Report from Strategist, line Tcon Energy Sales" in KPCO section. 11 

__ 
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Table 1 below; also in Exhibit JIF-S3A). Option 4B (market purchases to 2025) 

continues to remain less expensive than Option 1. 
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Table 1. Cumulative present worth of revenue requirements (M 2011$): Reanalysis with 
adjusted off-system sales (revised). 

Cumulative Present Worth of Revenue Requirements (M 201 I$) 
Re-Analysis with Adjusted Off System Sales 

Option #l Option #2 Option #3 Option #4A Option #4B 
Retrofit Big NGCC BS1 Repower Market to Market to 
Sandy 2 w/ Replacement 2020; NGCC 2025; NGCC 

FGD in 2020 in 2025 
Companv Assumptions 

CPW 6,839 7,075 7,091 6,918 6,791 

Net benefit of retrofit (CPW) 236 252 78 (48) 
Adlusted Off Svstem Sales 

GPW 6,943 7,154 7,171 6,993 6,862 
Net benefit of retrofit (CPW) 21 1 228 49 (81 1 

Direct Testimony of Jeremy Fisher, Ph.D. Page 18 



REVISED - 
SUPPLEMENTAL 

1 

2 
3 

4 

5 

6 
7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

A 

Direct Testimony of Jeremy Fisher, Ph.D. Page 19 



EVISED - SUPPLElPlFiNTAL 

4 

5 

6 

7 
8 
9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 
22 

23 

24 

25 

26 

27 

28 

- ~ 

Direct Testimony of Jeremy Fisher, Ph.D. Page 20 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

REVISED - SUPPLEMENTAL 

_ _ ~  ~~~ 

Direct Testimony of Jeremy Fisher, Ph.D. Page 21 



1 

2 

3 

4 

5 

6 

7 
8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

REVISED - SUI?PLEMEN?IAL 

26 

27 

28 

Direct Testimony of Jeremy Fisher, Ph.D. Page 22 



RIEVISED - SUPPLEIVIEXTAL 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 
16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

_ _ ~ ~ ~  ~ ~ 

Direct Testimony of Jeremy Fisher, PLD. Page 23 



FtEVISED - SUPPLEMENTAL 

1 
2 

3 

4 

5 

6 

7 
8 
9 

10 

11 
12 

13 

14 

15 

16 

17 

Direct Testimony of Jeremy Fisher, Ph.D. Page 24 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 
12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

MVISED - SUPPLEIVENTAL 

Direct Testimony of Jeremy Fisher, Ph.D. Page 25 



FWVISED - SUPPLEIYENTAL 

1 

2 

3 
4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

Direct Testimony of Jeremy Fisher, Ph.D. Page 26 



1 
2 

REVISED - 
SUPPLEMENTAL 
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7 6. STRATEGIST CONCERNS: FIXED O&M COSTS 

8 Q 
9 

10 A 

11 

12 

13 

14 

15 

What is your concern with the fixed operation and maintenance (O&M) costs 
used in the Company’s model? 

The stream of fixed O&M costs in Option 1 (the retrofit case) drops markedly 

from 2030 to 2031 by about $36 million per year (nominal, or $27 M 2010$) and 

maintains at this lower value through the remainder of the analysis period.25 We 

can trace this discrepancy back to the input (and output) for the Big Sandy 2 FGD 

from the Strategist model where fixed O&M costs for this single unit drop by $45 

million (nominal, or $33 M 2010$) in 2030. 

16 Q 
17 

18 A 

19 

20 

Would such a drop in Pied O&M costs be expected if the unit were 
continuing to operate in 2031 as it did in 2030? 

I can think of no reasonable explanation why fixed O&M costs, usually 

representing ongoing capital expenditures and maintenance activities, should 

decline so markedly in 203 1. 

25 In the year 2040 fixed O&M appears to takes very high end-effects value as discussed by Ms. Wilson. 
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1 Q 
2 model? 

3 A 

4 

5 

Is the drop in expected fixed O&M costs important in the outcome of the 

Yes. If the pre-2031 fixed O&M costs were carried through the end of the 

analysis period (2031-2039)’ we would expect the 201 1 cumulative present value 

(CPW) of the retrofit to increase by about $69 million (2011$). 

6 Q  
7 A  

8 

9 

10 

11 

12 

13 

14 

Can you explain why the fixed O&M costs may have this behavior? 

NO, but I can put forward a hypothesis. I suspect that the Company has included a 

discrete 2016 capital expense as part of the fixed O&M stream of costs. A capital 

cost amortized over 15 years using the Company’s levelized carrying charge 

mechanism would appear as a flat increase in nominal dollars over a 15 year 

peziod (i.e. ending in 2030). Comparing the stream of fixed O&M costs input into 

the Strategist model with fixed O&M costs apparently input into the Aurora 

I note that the Strategist model assumes an additional $34 million each 

year (flat in nominal terms) from 2016 to 2030. 

15 

16 

17 

18 

19 

20 

21 

This discrepancy is somewhat corroborated by the Company’s response to KIUC 

DR 2-2f with the statement that “a component of the fixed o&m [sic] is ongoing 

capital costs which are recovered through an annual carrying charge.” While I 

believe that tihere is likely an additional capital cost “that is recovered through an 

annual carrying charge” for 15 years, I find it difficult to believe that this increase 

represents “ongoing capital costs” (emp. added) as those would likely carry 

through the full analysis period (presuming that the FGD remains in ~peration)?~ 

26 From file Sierra DR 2-34a “sc-WCo 201 1 3 Plans Unit Data~10~10~11~confidential.xls” 

27 Company response to KIUC DR 2-2f indicates that one should “see the accompanying CD to the 
response to IUUC 2.2(a) for all assumptions and source documents.” While the attached files are large, they 
does not present the breakdown of either variable or fixed O&M costs pertinent to KIUC‘s request, or the 
reasoning behind the changes in the fixed O&M values over time. 
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7. STRATEGIST CONCERNS: hJSUFnCIENT FUEL PRICE SENSITIVITIES 

Q 

A 

Did the Company examine any risk sensitivities in the Strategist model? 

Ostensibly, yes, but the sensitivities used by the Company are not able to 

adequately explore a reasonable range of future price risks. The Company runs 

their model through four sensitivities, described very briefly below: 

0 A “higher” band of prices in which fuel costs (both gas and coal) are 

increased by 16-20% and COz prices are effectively unaltered:* 

0 A “lower” band of prices in which fuel costs (both gas and coal) are 

decreased by 11-12% and COZ prices are effectively unaltered; 

0 An “early carbon” scenario in which carbon prices start in 2017 instead of 

2022 but are only about 80$ higher (real 201 l$); 

0 A “no carbon” scenario in which there is no carbon price and fuel prices 

are effectively unchanged (gas prices are reduced by 6%). 

Q 
A 

What is problematic about these sensitivities? 

VVhile I appreciate that the Company is attempting to examine both the impact of 

changing fuel prices and uncertainty in COz prices, these alternative futures are 

insufficient sensitivities, particularly in stress-testing the effectiveness of 

continuing to operate a coal-fired power plant versus replacement with a natural 

gas portfolio. Useful sensitivities push to reasonably likely futures that 

substantively different from each other. In this case, however, I would not expect 

any of the sensitivities evaluated by the Company to result in dramatically 

different results . 

For example, for both the “high band” and “low band” options, coal and natural 

gas prices move in the same direction almost perfectly - meaning that we would 

generally expect the results of these analyses to show about the same level of 

28 C02 prices are increased by 30$ (in real 2010$) 
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11 Q 
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13 A 
14 

15 

16 Q 
17 A 

18 

19 

20 

21 

22 

differentiation from each other. In particular, when the all-in variable cost of a 

new natural gas fired CC is quite close to the all-in variable cost of the coal 

retrofit, as is the case here:’ changes in the cost of coal and the cost of natural gas 

will not really differentiate the costs of the Options - if it is assumed that coal and 

natural gas prices will both move about the same amount in the same direction. 

The “no carbon” scenario simply bolsters the Company’s standing position. The 

“early cabon” scenario does impose new costs between 2017 and 2022 for five 

years of additional carbon pricing; but at the low prices assumed by the Company, 

these five years result in fairly small differentiations for such a significant 

policy.3o 

Has the Company explored more functionally useful sensitivities in 
Strategist? 

No, they have not. KIUC asked the Company in DR 2-3 if the Company had run a 

scenario in which lower prices for gas were run against higher prices for coal; the 

Company responded that it had not. 

Why did the Company choose not to run low gas /high coal? 

The response to discovery, written by Mr. Karl Bletzacker, states that “the 

Company determined it was unnecessary to do so because coal and natural gas 

prices have historically been correlated, that is, coal and natural gas prices rise 

and fall in unison.. .” This statement appears to contradict the testimony of Mr. 

Scott Weaver, who shows explicitly in his Aurora “Assumed Variable 

Correlations” table (Exhibit S W - 1 ,  Table 1-4) that prices for natural gas and 

In the base case, differentiated by about $5-$7/MWh in 2010$ 

30 For the first years of this analysis prior to the start of carbon pricing in 2022 (Le. 201 1-2021) the 
difference in CPW of Option 1 is about $300 million between the early carbon and base commodity price 
scenarios. Conversely, the difference in CPW of Option 2 is about $240 million over that same time period 
(between the early carbon and base scenarios). Pushing up the Company’s carbon price by five years only 
results in a $60 million dollar shift between Options. 
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1 

2 

coal are 

been correlated (in real dollar terms). 

~orrelated.~~ I agree that the price of natural gas and coal have not 

3 Q What is your recommendation? 

4 A 
5 

6 

In evaluating this CPCN, running scenarios in which the price of fuels are not 

correlated would be an important and illuminating mechanism of evaluating the 

risk of either a retrofit or retire decision. 

8 Q 
9 dioxide emissions? 

10 A 

11 

Did the Company consider the potential for costs associated with carbon 

To a limited extent, yes. In the base case, and in four of five “pricing scenarios,” 

the Company utilized a pice for carbon dioxide (CO2) emissions. 

12 Q 
13 potential carbon legislation? 

14 A 
15 

16 increased. 

Why, then, are you concerned about the Company adequately accounting for 

The price employed by the Company for C02 emissions does not represent any 

form of an effective or likely carbon policy but rather a token price that is never 

17 Q 

18 A 

19 

20 

What do you mean by a “token price” for COZ? 

I define a token price as a cost for no other purpose than simply imposing a cost - 

a price that neither changes dispatch decisions or build decisions - i.e. has no 

impact at either operational or build margins. 

21 Q 

22 A 

23 

What has the Company used as a COz price in this proceeding? 

In the base case, the Company’s C02 “Base” price starts at about $15 per metric 

tonne and escalates about 1.3%, or slower than inflation. In real 2010$ per short 

The non-relationship between historic movements of the price of natural gas and the price of coal is 
consistent between Mr. Weavers’ table, US historic records and the UK futures examined by Mr. Weaver. 
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9 Q  
10 A 

11 

12 

13 

14 

15 
16 

17 

18 

19 

20 

ton:’ this price starts at $10.82 and holds essentially flat. The “early carbon case” 

starts five years earlier and is about 80# cents higher than the base case in real 

2010$. 

Exhibit SCW-2 shows a slightly higher value of COz for the “high band” and 

“low band” sensitivities; a price difference that amounts to about 30$ higher than 

the base ease in both sensitivities. However, this is inconsistent with the data from 

the Stxategist model. An examination of the data underlying SCW-4A33indicates 

that the COz price in the higher and lower bands are identical to the base case. 

How does this compare to other C02 price forecasts used by other utilities? 

Of tihe numerous recent COz price forecasts that I have reviewed, this is the 

lowest I have seen used for “refeI;ence case” purposes.34 

Synapse has collected 22 different utility IRP and utility docket documents from a 

veq  diverse set of utilities operating all over the These IRPs, all published 

i’n 2010 or 201 1, all provide estimates for COz prices at some time within the 

2012-2040 planning horizon used by AEP. With the exception of two lRps and 

ease documents that did not use a C02 price at all of the reference C02 price 

forecasts used by other utilities are higher than that of the Company. Indeed, there 

are no other utility forecasts that fall in real terms. 

Most other COz price trajectories that I have reviewed assume a particular 

purpose - i.e. the mitigation of greenhouse gas emissions to prevent or slow the 

32 About 1.1 short tons per metric tons; derived cumulative inflation rate f?om natural gas prices in nominal 
and real dollars as presented in Sierra DR 1-69 ‘Ex. SCW-2 (L,-T Commodity Price Fcst).xls” to convert to 
real 2010$. 

33 See Staff 1-48 “Staff-l-48-(Eix SCW-4B-High Pr Eval Detail).xls”, “Staff-l-48-(Ex SCW-4C-Low Pr 
Eval Detail).xls”, and files associated with the “detailed back up files for SCW-4“, including e.g. FT- 
“Higher Band 2-Pgsbvelized Retrofit Under FT-CSAPR-€€IGH-BAND.xls” 
34 With the exception of the zero price assumed by another Kentucky utility in Cases No. 2011-00161 & 
00162. 

35 See Exhibit JIF-SE for references 

36 Platte River Power Authority (Colorado, 2012) calculated a carbon mitigation curve (Le. prices at which 
carbon reductions could be obtained by changing or building different resources), but did not provide an 
explicit price forecast. KULGE in KPSC Case No. 201 1-00140 (201 1) did not utilize a COz price forecast. 
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11 Q 
12 A 

13 

14 

15 Q 
16 

17 A 

18 

19 

20 

21 

22 

23 

24 

25 

pace of climate change. The basis of such prices is the concept that in order to 

eventually reach lower levels of C02 emissions, the effective price on C02 would 

have to rise over time, obtaining cumulative reductions in emissions by providing 

an incentive to mitigate at the lowest cost - essentially slowly moving up the 

supply curve of emissions reductions potential. 

In contrast, the Company’s price forecast appears to reflect a fairly cynical view 

that while a government entity might eventually impose a fee on carbon 

emissions, the political will to either increase or cease the fee will leave the price 

at a stalemate and thus achieve very little at all. This assumption is not shared by 

other utilities. 

Has the Company reviewed other C02 price forecasts? 

Sierra DR 1-45 states that the “carbon dioxide price (C02). .. reflect[s] a national 

carbon tax and an industry consensus view.” The response then lists a wide 

variety of stakeholders that shape the Company’s view of the long-term forecast. 

How does the Company’s forecast hold up against the views of other 
“stakeholders” as listed in the discovery response? 

Many of the stakeholders listed therein do not actually provide forecasts (such as 

the trade press Coal Daily or Coal Weekly, or even some of the key organizations 

listed (such as M R C  and FERC). Of those that I am aware of that do produce 

COz price forecasts, their C02 trajectories are universally higher than those used 

by the Company here. For example: 

0 Industry Groups - Edison Electric Institute: EEI produced an assessment 

of recently promulgated and proposed environmental regulations (January 

201 lp7 and included two C02 prices, both of which are significantly 

above the Company forecast (see Exhibit JIF-7A). 

37 Provided in response to AG discovery request 1-14 as Attachment 16. C02 assumptions on page 50. 
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10 

11 

12 

13 

14 

15 

16 

17 Q 
18 A 

19 

20 

21 

22 

Government Agencies - EPA and the US DOE Energy Information 

Administration have both produced estimates of the carbon price that 

would be realized from proposed federal legislation. These are all 

significantly above the Company forecast prices (see Exhibit JIF-7A). To 

my knowledge, W R C  and FERC do not produce COz price forecasts.38 

Energy Companies - Reference case COz prices from 20 electric utilities, 

including Duke (SC-201 l), TVA (TNKY-201 l), Ameren (MO-201 l), 

Southern Company (GA-201 lQ9, and Sunflower (KS-2010) amongst 

others me charted in Exhibit JIF-7B. Each and every trajectory charted 

here is higher to Significantly higher than the AEPKPCo forecast. 

Third Party Consultants - There are numerous third party consultants 

who have produced forecasts for COz prices. Synapse Energy Economics, 

my f m ,  produced a COz price forecast in early 201 1. I have produced 

these forecasts in Exhibit JIF-7C also showing the range (in the lighter 

bar) of reference forecasts used by other utilities. I have attached the paper 

supporting the Synapse C02 price forecasts in Exhibit JIF-8. 

Why are there two different AEP trajectories plotted in Exhibit JIF-7C? 

The Company provided, in Sierra DR 1-69 a file that appears to have commodity 

price assumptions from August of 201 1;' including a C02 price forecast. 

NERC specifically does not review the impact of C02 regulations in its late 2010 reliability assessment 
(available as response to AG discovery request 1-14 in Attachment 9) 

39 The starting point for the Georgia reference case is public, but the trajectory is confidential. 

40 In August 201 1 the Company was still announcing that the Big Sandy 2 unit would be retired. 
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1 Q  
2 

3 A  

4 
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10 

11 

12 

13 
14 

15 
16 

17 

18 

Can you describe how the Company's C02 assumed reference and range of 
COz prices compare to those of other electric utilities in the US? 

I have charted the low, high, and (if multiple forecasts were given) average 

levelized cost of C02 (2015-2030) from 16 utilities, Edison Electric Institute 

(EEI), the Eastern Interconnect Planning Collaborative (EIPC) and forecast prices 

from my firm Synapse, in the figure below (also attached as Exhibit JIF-7D)?* 

The reference case in this CPCN (the last column) is the lowest non-zero price 

given and, aside from those utilities that only give a single value, just about the 

nanowest range of prices as well. The AEP (8/2011) price that is second to last 

xepresents the cost assumed by the utility in the preliminary analysis of Big Sandy 

2 in August of 201 1. 

Figure 4. Low, high and average COz prices given by different utilities in IRP & CPCN from 
2010-2011. The AEP forecast for this CPCN is the final bar on this chart. 

Q Have you evaluated how a more reasonable C02 price could impact the 
Company's decision to retrofit versus retire the Big Sandy unit? 

Yes. Ms. Wilson conducted a re-analysis of the Company's Strategist base 

commodity price run, substituting the lowest C02 price forecast from my firm, 

41 Range given when a utility has produced or used more than one forecast. The average is given only if a 
utility has produced or used three or more forecasts. 
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1 

2 

3 

4 

5 

Synapse (see Exhibit JIF-7C and JIF-8). The Synapse forecast was produced in 

February of 201 1, and represents the marked uncertainty in how and when 

greenhouse gas prices might apply?2 The forecast is a public document explaining 

background, state and regional initiatives, analytical estimates, and the 

recommended Synapse 201 1 C02 price forecast for planning purposes. 

6 

7 

8 

9 

For the purposes of this case, Ms. Wilson tested three of the Options (retrofit [l], 

NGCC replacement [2], and market purchases to 2020 [4a]) using the Synapse 

Low C02 Price Forecast. This COz price starts at $15/ton (2010$/short ton) in 

2020 and climbs to $45/ton by the end of the 2040 analysis period. 

10 

11 

12 

13 and late in start). 

The Synapse Low forecast does resent the Mid, or expected case, 

g to the Synapse paper. Rather, it represents what the organization 

considers the lowest reasonable bound for a C02 price forecast (both low in price 

14 

15 

16 

The Synapse Low case is, for example, Consistent with forecasts from Arneren 

(MO) in 201 1 and Duke (SC) in 201 1, but is below TVA's estimates, and well 

below estimates from Nebraska, Kansas, Delaware, Idaho, and Oregon. 

17 Q 
18 outcome of this analysis? 

19 A 

20 

21 

22 

23 

24 

25 

Does using a reasonable Low COz price forecast substantively change the 

Yes, it does. Simply shifting the COz price forecast to a low-range forecast 

consistent with the low end of forecasts from other utilities and organizations 

renders the retrofit of the Big Sandy 2 unit essentially a wash with the NGCC 

replacement in 2016 (Option 2) and far less economic than market purchases to 

2020 (Option 4A)?3 Error! Not a valid bookmark self-reference., below 

(Exhibit JIF-3D), shows the difference between the Company's base case run 

and a modified C02 price run with other Company assumptions intact. 

42 Early prices might be realized by rapid action starting after the next session of Congress, or if the EPA 
acts to regulate COz emissions independently of legislative action. Late prices (2020) might represent an 
additional presidential term without either administrative or legislative action. 

43 We did not test, but assume that market purchases to 2025 (Option 4B) would continue to fare well in 
this analysis, and that Option 3 (repowering Big Sandy 1) would probably fare on par with Option 2. 
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REVISED - 
SUPPLEMENTAL 

1 Table 4. Cumulative uresent worth of revenue reauirements (M 2011$): Reanalysis with - 
Synapse Low CO, price 

Option #1 Option ##2 Ontion #4A 
Retrofit Big NGCC Market to 
Sandv 2 w/ Replacement 2020: NGCC 

Cumulative Present Worth of Revenue Requirements (M 201 I$) 
Re-Analysis with Synapse Low C02 

FGD in 2020 

CPW 6,839 7,075 6,918 
ComDanv AssumDtlons 

Net benefit of retrofit (CPW) 236 78 

SvnaDse Low CQ2 Price 
CPW 7,643 7,665 7,412 

Net benefit of retrofit (CPW) 22 (230) 

4 
5 

6 

7 I 
8 
9 

1 0  
11 

12 

13  

If we adjust the off-system sales revenue to reflect 40% sharing with shareholders 

as currently allocated from WCo, the answers adjust again and even further 

favors either Option 4A or Option 2, as shown in 
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Table 6 (Exhibit JIF-S3F Supplemental), below. 
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Table 6. Cumulative Present Worth (CPW) under Company C02 assumptions and Synapse 
Low C02 price, capital cost corrected and adjusted for off-system sales sharing (revised 2). 

Cumulative Present Worth of Revenue Requirements (M 201 I$) 
Re-Analysis with Synapse Low C02 & Adj. Off-System Sales 

Option #1 Option WL Option #4A 

Sandy 2 w/ Replacement 
- 0 Retrofit Big NGCC Market to 2020; NGCC in 2020 

FGD 
CPW 6,839 7,075 6,918 

236 78 Net benefit of retrofit 
(CPW) 

Svnapse Low C02 Price 
& Adiusted Off-Svstem - Sales 

CPW 7,694 7,702 7,462 

9 (231 1 Net benefit of retrofit 
(CPW) 

Q 
A 

What C02 price trajectory do you recommend? 

In large decisions where long-term COZ emissions are a tangible risk, it is 

incumbent on the Company to test a wide and reasonable range of C02 prices 

designed to bound the feasible risk faced by their ratepayers. As a reasonable 

starting point, I would recommend using the range provided in the Synapse 201 1 

C02 price forecast, using something akin to the Synapse Mid case as a reasonable 

reference. This price starts at $15/tC02 in 2018 and rises (in real 2010$) linearly 

to $80 in 2041 , and holds at that price indefinitely.44 The “low” bound starts at 

$15/tC02 in 2020 and rises at a slower pace, reaching $60 in 2050, while the 

“high” bound also starts at $15 but at 2015 and reaches the $80 saturation point in 

2030. It may be reasonable to explore a complete absence of C02 price as one 

possible scenario (representing an inability to muster the political will to mitigate 

climate change), but I think this outcome over the next three decades is extremely 

unlikely. 

44 Synapse has assumed that $80 represents a broad-scale abatement price at which emerging technologies 
(such as carbon capture and sequestration) might become cost effective, thus potentially saturating the 
market. 
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2 

3 

Recalling that we have only tested the very lowest bounds of C02 prices in this 

re-analysis, I would expect that any higher prices would result in an even further 

economic advantage for Options 2 and 4A over the Big Sandy 2 retrofit. 

4 9. AURORA CONCERNS: OVERVIEW 

5 Q 
6 A 

7 

8 

9 

10 

11 

How did the Company use Auroramp in this proceeding? 

In this proceeding, the Company has used Aurora to evaluate how uncertainty in 

several key variables, such as fuel and emissions prices, as well as demand and 

electricity market prices, might influence the relative risk of four options - 
retxofitting Big Sandy, replacing or repowering the unit in 2015 (Options 2 & 3, 

respectively) or replacing the unit in 2025 (Option 4b). The Company did not use 

Aurora to evaluate Option 4a, purchasing market power through 2020. 

12 

13 

14 

15 

Because the Company used the model to drive a stochastic analysis, Aurora 

potentially offered the Company the opportunity to evaluate a range of uncertain 

futures simultaneously - in essence replacing the function of running Strategist 

through multiple pricing, or commodity, scenarios. 

16 Q 
17 

18 A 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

What results did the Company draw from the Aurora analysis in this 
proceeding? 

This is unclear. On pages 46-48 of his testimony, Mr. Weaver discusses o& the 

metric of Revenue Requirement at Risk (RRaR), which is effectively the width of 

the uncertainty band around the middle, or median, answer. Mr. Weaver does not 

suggest in his written testimony that the differences between the median costs 

projected by the Aurora model should be used to evaluate the relative cost 

effectiveness of each option. In Sierra DR 1-68, Mr. Weaver appears to further re- 

enforce the statement that Aurora model is not designed to measure the relative 

economic merit of the options, but “is used to measure the relative risk inherent in 

a resource portfolio,” by which I understand him to mean that it should be used to 

measure the relative risk inherent in any given resource portfolio, rather than the 

relative economic viability of the different scenarios. The relative economic 
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23 Q 
24 

25 A 

26 

27 

viability measures an expected outcome, while the “risk inherent” measures the 

uncertainty associated with any given scenario. 

Mr. Weaver cites Exhibit SCW-5 as an “optical and tabular summary of 
those results.” What is your impression of this Exhibit? 

I read Figures 5-1 and 5-2 in SCW-5 very differently than described by Weaver in 

his written testimony. The first and most obvious point that stands out from this 

graphic is that the median of Option 1 appears to be much lower in “Cumulative 

Present Worth” than the other three Options modeled here. Indeed, the exhibit 

then shows, in tabular form, the “delta” (or difference) in alternative Option costs 

relative to Option 1, and suggests a consistently large benefit in pursuing the 

retrofit. 

What do you recommend in regards to Mr. Weaver’s Exhibit 5? 

Whether in error or purposefully, the Company misrepresents the point and 

potential value of the Aurora analysis, which is to estimate the uncertainty 

associated with the economic outcome of their various options, rather than the 

absolute outcome. 

I recommend that, if the Company chooses to pursue the use of the Aurora model 

for uncertainty analysis, that the Company withdraw Exhibit 5 and replace it with 

an exhibit (graphical, tabular or both) that correctly represents the uncertainty 

bounds and RRaR, rather than absolute outcomes as shown here. 

However, there are sufficient concerns with how the Aurora model has been used 

in this proceeding to warrant disregarding the Aurora analysis in its entirety. 

Do you have a fundamental objection to the use of this type of model for 
planning purposes? 

No, I do not. Conceptually, there is value in being able to evaluate a wide range of 

uncertainties simultaneously. In particular, this type of evaluation could, and 

should, be used to determine just how much any Option differs from another - i.e. 
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if a separation of millions of dollars in cumulative present worth (CPW) is 

significant or insignificant. 

Generally speaking, I applaud the use of multiple models to converge on a robust 

answer, particularly in the face of uncertainty, and I would encourage the 

Company to continue developing the use of other models to support decision- 

making. 

However, I have significant concerns with the Company’s choice to reject results 

from the Strategist model by citing the Aurora model, in this case, both based on 

the interpretation of results and fundamental problems within the Aurora analysis 

itself. 

Where does the Company reject Strategist results on the basis of the Aurora 
model? 

In Mr. Weaver’s testimony (p 47 at 15- p 48 at 2), he specifically states that 

“although the ‘discrete’ risk modeling results - shown on Exhibit SCW-4 - from 

the Strategist-based modeling point to this Option ##4B as being a near ‘wash’ 

with a Big Sandy 2 DFGD retrofit solution, this additional Monte Carlo risk 

modeling indicates KPCo’s customers would be potentially exposed to 

signi$cantZy greater cost-of-servicehevenue requirement uncertainty in the future 

under that ‘market’ alternative.” (emphasis in original) 

If we take the Company’s interpretation of the Aurora outcomes at face value, 

these model results would suggest that all other alternatives, market-based or no, 

should probably be rejected on the basis of its attendant risk (which is essentially 

identical for Options 2,3, and 4b). 

What Mr. Weaver does not state here is that while the Aurora model appears to 

show an apparent downside risk to natural gas purchases (market or steel-in-the- 

ground), the same results also show a large upside benefit as well- i.e. the model 

results would indicate that consumers have nearly as high a probability of coming 

out far better than far worse with a market replacement. 
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$5,500,000 
U 5 
95th %Aurora Risk 
Strategist (“Base”) Outcome 

5th %Aurora Risk 

7 
8 
9 

10 
11 

12 

13 

‘BASE’ Option Option Option Option 
Option #1 #2 #3 #4A #4B 

7,609,980 8,182,166 8,130,133 8,034,108 7,907,927 

6,838,879 7,075,297 7,091,182 6,917,767 6,791,587 

6,171,648 6,172,690 6,268,489 6,008,162 5,881,981 

14 Q 
15 A 

16 

Indeed, simply drawing from the Company’s data with no alterations to either 

Strategist or Aurora, we can re-cast the Strategist and Aurora results as the 

Company claims it intended. In Figure 5 below (Exhibit JIF-9)’ I show the 

“Base” scenario outcomes from the Strategist model:5 plus error bars 

representing the Aurora uncertainty ranges at the 5’ and 95’ percentile.& 

$8,500,000 I 
;n̂  

Figure 5. Company results (unaltered) of cumulative present worth (CPVV) of Options #1- 
#4B. Center points represent Strate ist outcome in “Base” commodity scenario. Upper and 
lower bounds represent ranee of 95’ and 5~ percentile outcome from Aurora results. 
Assumes 4A has same risk profde as 4B. 

What becomes immediately apparent in this graphic is that the error bounds (as 
used by ihe Company, and under Aurora assumptions used by the Company) 

swamp the differences between the scenarios as shown in Strategist models. 

! 

Do you have a concern with the Aurora model as used here, specifically? 

Yes, I do. I have five fundamental objections to Aurora model as presented in this 

hearing. 

45 Directly from Exhibit SCW-4A 

46 Calculated from Sierra DR 2-3%-d (data behind graphs in SCW-5) 
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First, the results of the Aurora model differ dramatically from the results 

generated out of the Strategist model, and the differences cannot be reasonably 

attributed to differences identified by the Company in discovery responses. 

Second, the Aurora model as utilized and presented in both testimony and 

discovery responses is opaque and generally non-auditable. 

Third, the correlations between variables that the Company claims were used in 

the Monte Carlo analysis are derived from inadequate data, contain fundamental 

errors, are not Fepresented in the model, and have inappropriately introduced bias 

into the analysis. 

Fourbh, it is unclear how these correlations were actually used in the Monte Carlo 

analysis. Conceptually, these correlations should play an important role in how 

different variables “move” in relation to one another. However, in the files 

supplied, we are unable to find any mechanism that successfully replicates the 

stated correlations. 

Fifth, the Company has not presented the Aurora model used thusly to this 

Commission in previous proceedings for independent evaluation, and has supplied 

inadequate information to allow this Commission to evaluate if the model has 

been utilized correctly in this proceeding. 

Overall, it is my contention that the Aurora model is so poorly supported, so 

erroneous, and so fundamentally disparate from the more transparent Strategist 

model runs that the Aurora model runs used for this proceeding should be 

disregarded in their entirety. 

I will discuss each of the above concerns individually. 

24 10. AURORA CONCERNS: CONTRASTING AURORA AND STRATEGIsT OUTCOMES 

25 Q 
26 

27 A 

28 

You have stated as your first objection that the results of the Aurora model 
M e r  from the Strategist model. Why is this important? 

As I state above, even though the Company discusses Aurora only in the context 

of revenue requirement at risk (RRaR), Exhibit SCWJ shows the absolute 
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Ex. SCW-4 
Aurora 
EX. SCW-5 (pl) 

conferred by Aurora 
% Difference 

Relative advantage 

13 

14 

15 

$586 M $527 M Not $562 M 

$350 M $275 - $609 M 

248% 209% - 1,195% 

modeled 

16 

outcomes of the Aurora model on a relative scale, leading to the very likely 

interpretation that the Aurora model independently estimates the complete CPW 

of each scenario in a comparable fashion to Strategist. This misinterpretation is 

compounded by a label in Exhibit SCW-5 that marks the values as CPW of “ ‘G’ 

costs”, or the total incremental revenue requirement of the scenario as used 

elsewhere in Mr. Weaver’s testimony (Le. p18 at 6 and p35 at 6). 

What is so different about the results of the Strategist and Aurora models? 

Simply stated, the Aurora model estimates that the (median) net benefit of 

retrofitting the Big Sandy 2 is anywhere from $350 to $609 million more than the 

Strategist model’s 

times the benefit; results that simply don’t hold water - particularly as they are 

examined more closely. 

ut - or anywhere from double the benefit to well over ten 

The vast differences between the Aurora and Strategist runs are illustrated in the 

Table 7 (Exhibit JIF-1OA) below. The differences, in millions 201 1$ CPW are 

directly extracted from exhibits of Mr. Weaver. 

Table 7. Differences in relative net benefit of retrofit versus other alternatives. 

17 

18 

19 

20 

21 

For each of four options (1’2’3, and 4b), the Aurora model is run 100 times and 

subsequently returns 100 different results. However, because the baseline 

(median, in this case) input variables that go into the Aurora model are identical 

to the commodity prices in the Strategist “Base” case, we would reasonably 
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expect that the median output from the Aurora model would replicate closely, if 

not exactly, the Strategist output. This is clearly not the case. 

Does the Company have an explanation as to why these results are so 
different? 

Mr. Weaver appears to concur that the differences are confounding. In Sierra DR 

l-Sf, he states that “the results vary . . . because the models are unique and thus 

have different internal dispatching logic that can result in absolute answers that 

are different” but that ‘‘given enough iterations of Aurora, one might reasonably 

expect that the median values of the Aurora approximately equal the Strategist 

solution, save for the inherent (and proprietary) differences in the model’s internal 

logic.” 

Mr. Weaver poses two hypotheses in his explanation - 

first, that it is feasible that the Company did not run Aurora enough times 

to converge on a robust solution, and 

0 second, that the models would have resulted in disparate results because 

of logical differences in dispatch. 

The f is t  hypothesis can be rejected quickly. If the Company were truly 

uncomfortable with its modeling for a nearly one billion dollar retrofit project, I 

expect that they would have run the model through more iterations. However, for 

showing the differences between the model runs, the Company reports median 

(middle) values, which, fiom a statistical standpoint are fairly robust, so I do not 

expect that additional model runs would have resulted in substantively different 

res~lts.4~ 

47 One way of showing the robustness of the median here is by examining how tightly bound the value is 
within the range of potential answers. The median represents the 50th percentile answer - moving to the 
40th percentile answer instead, the difference between it and the median is always less than 3% of the total 
span of answers. Even if the Company ran another 20 runs and each one came out lower than the 40’ 
percentile answer, the new median would only shift to the 40’ percentile - or by 3%. 
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The second hypothesis implies that dispatch logic alone is sufficient to explain 

these dramatic differences. I agree that dispatch dynamics are probably one 

element that is significantly different between these two models - but this alone 

does not explain the difference. In fact, comparing these two models (or at least 

the inf‘ormation supplied by the Company and used for their cost comparisons) 

suggests apples and oranges comparisons with respect to just about every material 

factor - and overwhelmingly large differences in how the models treat market 

purchases and sales, and capital expenses. 

Why do you think that the models do not simply differ in dispatch dynamics, 
and why would you want to compare more than just CPW? 

While differences in the CPW are useful for final decision-making, how costs are 

assumed to expend over time is illustrative and critical for understanding the basis 

of the decision. In Sierra DR 2-35a-b, the Company finally supplied the detailed 

outputs from the Aurora results (the “Aurora workbooks”)?8 These spreadsheets 

are comprised of matrices dimensioned by year and Aurora iterations. We can 

trace the final value used by the Company in Ex. SCW-5 back to component 

parts, and in turn, trace those component parts over time. 

The Company also supplied what I will call the “Strategist Compilation analysis,” 

which appears to take cost component outputs from the Strategist model, as well 

as other data sources, and creates a stream of expected costs over time, the CPW 

of which were used for Ex. SCW-4. The worksheets for the Strategist 

Compilation Analysis were supplied in Staff DR 1-48, and formula-enabled 

versions with key underlying worksheets were supplied as a supplemental to 

Sierra DR 1-69 on February 22,2012. 

48 Workbooks are IRP-XMP-DGTool-KPCO-BS-Retirement.xls, 
IRP-XMP-DGTool-KPCO-BS 1-Repower.xls, IRP-XMP-DGTool-KPCO-BS2-Retrofit.xls, and 
IRP-XMP-DGTool-KPCO-NGCC-Replacement .xls 
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I compared the cost categories supplied in the Company’s Aurora workbooks 

against the cost categories in the Company’s Strategist compilation model?’ The 

cost categories summed in each model are listed in the Table 8 (Exhibit JJJ!- 

1033) below. 

I 

Incremental O&M I Variable O&M 
[and Base O&M] 

Table 8. Cost Category names in Strategist and Aurora 

Allowances 
Capacity Cost 

I I I Contract Purchases I Contract Revenue I Contract Revenue I 

Allowances Consumed 
Value of ICAP ICAP 

’ Fixed O&M 
I I I Emissions I Market Value of I Emissions Cost 

With one exception, that of capital expenditures, the category titles can generally 

be matched between the two analyses. As far as I am aware, capital expenditures, 

including the costs of the FGD or any replacement capacity, are completely 

absent from these analytical results. Unless these costs have been inexplicably 

pushed into the “Net Cost of Imports,” it is entirely unclear if the Aurora analysis 

takes capital expenditures into account at all in the final results. 

The similarities generally end with the name of the cost category. Figure 6 

(Exhibit JIF-11A) below, shows the CPW (in ‘000 of 201 1$) of Options 1,2, 

and 4b, broken down by cost category for both the Strategist (base case) and 

49 The output of Strategist runs are apparently put through a compilation model, the bulk majority of which 
appears to have been delivered as a supplemental to Sierra DR 1-69 in response to a Motion to Compel. 
Formula-disabled versions of these worksheets were delivered to Staff in response to Staff DR 1-48. 
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Aurora models (median solution). As will be detailed below, to the extent that 

these two models appear to result in totd CPW that are even within range of each 

other may be no more than coincidence; the degree to which any differences 

between options can be examined at face value is suspect. 

....... 

7,000,000 

5 6,000,000 
.?i :: :: 5,000,000 

L J: 

4,000,000 

L 

3,000,000 
IL 3 2,000,w0 - 
P r: 1,000,000 

a Cost of Capacity 

a Capital Carrylng Charges 

;1 Market Purchases &Sales 

E Fuel Costs 

Ia Emissions Allowances 

a Base O&M 

a Fixed and Variable OEM 

Contract Purchases & Sales 

ONet CPW 

6 
7 

8 

Figure 6. Comparison of CPW cost components between Strategist and Aurora models. 

Each pair of columns represents the total CPW of an Option as portrayed by either 

Strategist or Aurora. Working from the bottom up: 

9 

10 

11 these values. 

* Contract Revenues (or in this case, costs in each model) are fixed in the 

Aurora model based on Strategist, so there is no discrepancy between 

12 

13 

14 across all options. 

Q O&M values are moderately comparable, if Base O&M costs5’ are 

included, yet are still consistently 14-35% higher in the Strategist analysis 

15 

16 

17 

* The cost of pollution allowances are consistently 20-25% higher in the 

Strategist runs, representing both higher costs for near-term allowances 

(SO2 and NOx) and long-term allowances (C02). 

50 Base O&M costs appear to be O&M associated with “another case with only those additions already 
present in 201 1” (see response to Staff DR 2-20 and are subtracted from all Options in the Strategist runs. 
The stream of Base O&M costs can be found in the supplemental response to Sierra DR 1-69 in any 
spreadsheet on the “O&M tab W34:W63. 
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Total fuel costs, the variable that I would expect to be most influenced by 

“different internal dispatching logic” is consistently higher by 9-14% in 

the Strategist model. 

Capital carrying charges do not appear to be represented in the Aurora 

model at all, meaning that important differences between the avoidable 

costs of construction (i.e. the FGD or replacement NGCC) and the 

unceaainty of those costs are not considered at all in this analysis. 

Market Durchases are completely different between these two models, with 

Strategist predicting net market sales in Options 1-3, and Aurora 

predicting massive net market purchases in all cases. Figure 7 below 

(Exhibit JTF-1lB) illustrates the massive discrepancies between market 

purchases in the Aurora and Strategist model, amounting to, for example a 

difference of over three billion dollars in Option 2 (NGCC replacement in 

2015). 

15 

4,000,000 T--.- ~ 

16 

3,500,000 

3,000,000 

2,500,000 

2,000,000 

1,500,000 

1,000,000 

500,000 

0 

(500,000) 

- .  - - - .  

o Strategist 

Aurora 

17 
18 

19 

20 

Figure 7. Contrasting market purchases between the Aurora and Strategist models in three 
scenarios. 

0 Capacity purchases, while a smaller component of the overall CPW, 

appear to have a similar, but inverted, relationship between the two 
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models. Strategist often predicts net capacity purchases and Aurora 

predicting net capacity sales. 

It is important to note that the Company is evaluating which option to pursue on 
the basis of the diference between net CPW costs in each model. These CPW 

differences are on the order of tens of millions to a maximum of about $500 

million in the Strategist model (see Ex. SCW-4) - yet the differences between 

comuonents of the Stratedst and Aurora models differ bv uu to three billion 

dollars CPW., in evaluating the same Option. 

I am unable to find a reasonable mechanism to rectify these disparate results. 

Why are capital carrying charges not included in the Aurora analysis? 

It is not clear to me why capital charges are not included. A stochastic analysis 

like Aurora could be well suited to examine uncertainty in build costs as part of 

the total financial risk package. 

The lack of capital carrying charges in this model is inconsistent with Mr. 

Weaver’s Exhibit SCW-1 (p10) that states “the input variables.. .considered by 

Auroramp’ within this analysis were [amongst other variables] construction costs 

(annual carrying costs) ($/kW-year).” This lack is also in stark contrast to the 

response of Mr. Weaver to Sierra DR 2-6a that states that amongst “the variables 

[that were] allowed to vary stochastically in the Monte Carlo analysis.. . [are] 

Construction Costs [as] implemented in the FOM variable.” The fixed O&M 

(FOM) variable in Aurora appears to only represent FOM costs as implemented in 

Strategist - not the major capital expenditures (i.e. the FGD or newhepowered 

NGCC units). In addition, this variable is held almost perfectly constant. In the 

retrofit Aurora run (Option l), the CPW of FOM costs displays less than a 0.1% 

variance - effectively held completely constant. Indeed, the only variance in the 

FOM variable occurs after 2025, possibly representing some level of uncertainty 

in the FOM of the small additional NGCC added in out-years. 
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You have stated as your second objection that the Aurora model as used in 
this proceeding is generally opaque and non-auditable. Please support that 
contention. 

Sierra Club repeatedly requested the input and output files from the Aurora 

models1 to be able to better understand how the Company was using this platform, 

and if the inputs and process were consistent with other Company assumptions. 

From the first request (Sierra DR 1-69), we received only a list of 100 CPW 

es - with no component costs, no formulae, and no basis. From the second 

request (Sierra DR 2-35a-b) and a separate Motion to Compel, we received a 

series of worksheets that break down the 100 CPW values into their component 

costs over time -but these worksheets arrived without formulae and the 

supporting workbooks are simply pasted values from another source. It appears 

that formulae were purposefully disabled in this worksheet. 

15 

16 

17 

I have been able to reconstruct some components of the Aurora outcomes, but 

have no mechanism to be able to rectify those outcomes with input data, or even 

sufficiently trace which input data actually went into the Aurora analysis. 

18 

19 

20 

21 

22 

23 

I contend that the Commission and interveners are unable to verify that the 

Company has provided a robust analysis in the Aurora model, and therefore 

cannot audit, much less rely upon the results of the Aurora analysis. As far as I am 

able to tell, the Company could have used arbitrary, or even biased, input data for 

this model and it would be impossible to know based on the information provided 

by the Company in this proceeding. 

24 Q 
25 

26 A 

27 

Are there examples of where the information provided by the Company in 
the Aurora analysis appears to be internally inconsistent? 

Yes, there are. One of the key components of this analysis the “risk factors,” or 

ranges of uncertainty that six specific variables are allowed to take (see Exhibit 

51 Sierra DR 1-69 “provide all assumptions and workbooks, in electronic format and with all calculations 
operational and formulate intact, used to prepare SCW-1 through SCW-4, including output files from the 
Aurora model.” 
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SCW-1, p10 at second paragraph under section A). In Sierra DR 2-34b, 

interveners requested “the distribution assumed for each of the six key risk factors 

considered.” In response, the Company delivered a spreadsheet with the “risk 

factors” of 15 variables: 

0 one of which appears to represent the variance of demand, 

0 eight of which appear to represent coal distributions, 

0 two of which appear to represent natural gas price distributions 

0 one of which may represent market price distributions, and 

0 three of which are completely unlabeled (“Generic”) and do not appear to 
correspond to any known variable - either COz prices or construction cost 
risks. 

We are unable to determine which of these variables, if any, are actually used in 

the Aurora model. As noted previously, the Company also supplied opaque 

“Aurora workbooks” that, if reconstructed, appear to be elements of the output 

from the Aurora model. Three worksheets in these workbooks correspond to 

gas prices (2025-2040), coal prices, and COz prices. Theoretically, if the 

distributions provided in Sierra DR 2-34b have any relationship to the input 

represented in these workbooks, the pattern (if not the absolute value) of variable 

distributions should correspond well between these two data sources. As 

presented, the natural gas prices correspond perfectly, but the coal and COz prices 

do not corresp~nd.~~ Again, without a moderately linear analytical pathway, it is 

impossible to know what data was used by the Company in the Aurora analysis, 

and what the outputs represent. 

We can test the correspondence of the reported inputs in the distributions against the reported inputs in 
the Aurora workbooks by simply looking at how well a trendline fits the data. For the coal prices against 
the coal price distributions, the 
be described by the “coal price distributions”. In the COz tab, the 8 value is effectively zero (0.01) meaning 
that the reported inputs have no relationship whatsoever to the Aurora reported model data. 

value is 0.46, meaning that 46% of the actual variance in coal prices can 
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12. AURORA CONCERNS: FAULTY CORRELATIONS 

Q 

A 

What is the purpose of the correlations as used in this proceeding? 

There are at least two ways of wnning a stochastic model - or a model that can 

handle a range of uncertainty. One way is to assume that all of the variables that 

are uncertain vary randomly, with no relation to one another; in that circumstance, 

one might have no information about how variables are related, or one might 

know for certain that they do not influence each other. 

Another way of dealing with uncertain variables is to tie them together with 

correlations. In that case, one might know or have ample reason to believe that as 

one variable changes, another will change with it. For example, one might know 

it gets hot, electricity consumption increases - these two variables 

move together. If one was going to run a model in which both future temperature 

and electricity consumption were uncertain, it might be beneficial to tie these two 

variables together such that they tend to follow one another. In this same way, the 

Company has introduced correlations between most of its driving variables in the 

ra analysis. 

Q 
A 

What is the effect of using a high correlation between two variables? 

Since variables that are highly correlated will tend to move together, variables 

with a high comelation may have an amplifying affect if those variables both 

represent a driver in the same direction. Take, for example, gas prices and power 

prices - if either of these variables increases, then the cost of a portfolio that 

includes both gas and market purchases will increase. If the variables are tied 

together via a correlation, then any time either one increases, the other will 

increase as well - and the total portfolio cost will increase. The correlation here 

would have an amplifying effect. 

If these variables were not correlated, then the total price would be far less 

sensitive to fluctuations in the price of gas or market purchases. If these two 

variables were inversely correlated (i.e. a negative number approaching negative 

1) then they'd have a dampening effect on each other - as the market price of 
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power increases, the cost of gas decreases - and so total portfolio costs remain 

more stable. 

How do you think the correlations used by the Company influenced the 
model outcome? 

This is a difficult question because it is not apparent that the correlations 

presented by the Company in Exhibit SCW-1, Table 1-4 actually represent the 

values used in the Aurora model. I present the correlation values that it appears 

the Company used in the Aurora model later, in 

Direct Testimony of Jeremy Fisher, PLD. Page 55 



1 
2 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

Table 9 of my testimony. 

Given the correlations, I believe were actually used in the model, I think the 

correlations deeply influenced the outcome, and may have unduly biased the 

results 

As noted previously, the Company uses Aurora to look at the uncertainty bounds 

on total portfolio prices (via Revenue Requirement at Risk, or RRaR) using a 

model with explicit correlations, some of which me fairly high. In particular, it 

appears, based on Sierra DR 2-34b, that the Company imposed very high 

Correlations between demand, market prices, and gas prices -but a very low 

correlation between demand and coal prices. 

For a portfolio that is ~ c h  in gas or market purchases - such as Options 2,3, or 

4a/b - random upward shifts in demand (the "driving" variable) will tend to 

plify not only the amount of power that is required, but also increase the price 

of that power if it is purchased from the market or a gas generator. This makes for 

a very expensive portfolio. Inversely, random downward shifts in demand will 

tend to meate a very low cost for a gas or market-rich portfolio. 

For a portfolio that is coal-heavy, such as Option 1, changes in demand shift 

market prices:3 but do not impact coal prices at all, and thus the Option is very 

insensitive to changes in demand and market prices. 

One would expect, looking at these correlations, that a gas or market-rich 

portfolio will tend to come out of the model with a very wide range of portfolio 

costs, while a coal-heavy portfolio will come out looking fairly stable. And in 

fact, that is exactly what we see in the final outcomes in Ex. SCW-5. 

It is not at all surprising, based on these correlations, that the Company's 

examination of upside risk (RRaR at the 95" percentile) proves unfavorable for 

Options 2,3,4a or 4b. It is my belief that the RaRR found by the Company is 

53 Increased market prices are favorable for the net off-system sales of Option 1. 

Direct Testimony of Jeremy Fisher, PhD. Page 56 



1 

2 

3 
4 
5 

6 

7 

8 

9 

10 

11 

12 
13 

14 
15 

16 
17 

18 
19 

20 
21 

22 
23 
24 

25 
26 

27 

28 

29 

30 

largely a product of the correlations imposed by the Company, and I do not 

believe that those correlations are well founded, as I will describe below. 

Q You have stated as your third objection a number of directed concerns with 
the correlations used in the Company’s Aurora model. Can you briefly 
outline those concerns? 

I have reviewed the data that the Company used to derive the correlations in 

Sierra DR 1-61, and I atin not satisfied that the correlations are either real or in any 

way accurate. The following concerns are fairly technical in their nature, but 

require documentation, for it is my understanding that using a different set of 

correlations would probably have resulted in very different Aurora results. 

Briefly: 

A 

The correlations presented in Exhibit SCW-1, Table 1-4 do not represent the 
correlations actually used by the Aurora model. 

The Company has Confounded temporal change, or change over time, with 

The Company has mixed correlations fiom historical and future data over very 
different time spans representing very different processes; 

The Company erroneously used a measure of amount instead of price when 
reviewing the historic cost of coal versus other factors; 

The data used to derive correlations in the future are non-robust, changing 
sign with the simple exclusion of incorrectly-used data; 

By introducing incorrect and large value correlations, the Company has 
inappropriately introduced bias into their analysis, a bias which favors Option 
1 (the retrofit). 

Q 

A 

Why do you think that the correlations presented in SCW-1 Table 1-4 are 
not the same as actually used in the Aurora model? 

In Sierra DR 2-34b, Sierra Club requested the “distribution assumed for each of 

the six key risk factors considered in the Aurora model.” In response, the 

Company provided a very long table of values that appear to contain “risk 

factors,” which I interpret to be the expected variance on individual factors. I 
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examined the Correlation of these factors against each 

different set of correlations than provided by Mr. Weaver in Table 1-4. 

and arrived at a very 

54 Assumes that Demand represented Demand, WCo-External-Supply represented the market price of 
electricity, AEiPJ3.JElI-BIGS2 represented the variance on coal price at Big Sandy 2, AFiPFUEL-CCJP 
represented the gas price variance, and that Distribution 28 represented CO, price variance (although the 
final correlation is insensitive to if Distribution 27,28 or 29 are utilized). 
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Table 9 below (Exhibit JW-12A) shows the correlations presented by Mr. 

Weaver in Table 1-4, the correlations I’ve derived from the data supplied by the 

Company in Sierra DR 2-34b, and the difference between the two sets. 

~ 
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Table 9. Comparison of correlations presented in testimony and derived from discovery. 

us Hypothesized 

Correlations provi 

Correlations derived from Sierra DR 2-34b 

'Assumes C02 is Generic Distribution 28 

Difference 

3 

4 Q  
5 

6 A  

7 

8 

9 

10 

Did the Company actually use the correlations reported in Sierra DR 2-34b 
or SCW-1 in the Aurora Model? 

It does not appear that they did. In response to Sierra DR 2-35a-b, the Company 

provided selected outputs from the Aurora model, including the C02, natural gas, 

and coal prices apparently used in each run and each year. Working from the 

actual values, I derived the variance of each of these commodities as used in the 

Model and compared the variance against the values reported in Sierra DR 2-34b. 

Direct Testimony of Jeremy Fisher, PLD. Page 60 



1 

2 

The variance of natural gas prices matched nearly perfectly, but both coal and 

C02 were almost completely unrelated.” 
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After having tested numerous combinations and permutations of data provided by 

the Company, I can be fairly certain that I am reviewing the data correctly. Thus, I 

surmise that either the Company provided incorrect data in response to one or 

more requests, used inconsistent data in the model, or has misstated how (or if) 

the model uses the correlations provided by Mr. Weaver. 

8 Q 
9 with uncertainty”? 

10 A 

11 

What do you mean that the “Company has confounded temporal change 

Simply stated, the purpose of the correlations is to examine how variables “move” 

relative to each other - 

12 
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0 high positive correlations mean that variables will move closer to in synch, 

0 high negative correlations mean that variables will move in synch in opposite 
direetions, and 

0 low magnitude correlations mean that variables will move independently. 

The Company has derived these correlations by looking at historic time series for 

some types of known variables (such as natural gas price and “demand” using 

U.S. generation as a proxy), and future time series for others derived from a UK 

futures market (ICE). The Company found correlations (or a lack thereof) 

between incremental changes in price fiom year to year. However, many of the 

variables that were examined (including the futures price for UK coal, UK gas, 

and EU carbon) are derived from nominal dollars, which introduces a positive 

correlation bias. Indeed, any long-term trends will introduce a positive bias into 

this analysis.56 

55 It should be noted that the cross-correlation of these three variables also did not match either the 
correlation values given in Table 1-4 in SCW-1 or the correlations derived from Sierra DR 2-35a-b. 

If the Company were examining year-to-year uncertainty, which they are not, it could be argued that 
examining interannual changes without removing trends is appropriate; as used in Aurora here, the 
Company attempts to simulate uncertainty relative to an “average” behavior in each year independently, 
and thus introduces bias by using trended data. 
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Why is using correlations from future and historic data problematic? 

Within reason it should not be a problem to use recent history and reasonably 

expected futures data as required. However, in this analysis, the Company mixes 

correlations from a sparsely populated (data-wise) European futures market to 

2014 for C02, coal and natural gas relationshipss7 with correlations from U.S. 

data for coal and thermal generation stretching back five decades. There is little 

reason to think that these data represent anywhere near a similar process as each 

other - it is unlikely that 1950s vintage relationships between coal prices and 

demand represent processes that are still happening today. 

What data did the Company use to derive the relationship between coal 
prices and demand? 

e use of actual U.S. data, the Company erroneously used coal tonnage 

instead of coal prices to create a correlation between demand and fuel price. 

Correcting this emor changes the relationship from a very correlated 0.74 to a low 

value of 0.08. 

What do you mean that the data used for the correlations are non-robust? 

Putting aside the question of if the correlations presented by Mr. Weaver were 

actually used in the Aurora model, the data that the Company has used can swing 

dramatically just from small changes in the way that they are used. Of the nine 

correlation values that Mr. Weaver presents in Exhibit SCW-1, Table 1-4, two are 

complete guesses (yet high values, nonetheless) and six are derived from very 

sparse data. 

The Company wanted to provide some data to show a relationship between 

commodity prices (particularly gas and coal) and C02 prices. Because there is not 

yet an active national market for C02 in the US, the Company turned to Europe to 

represent an active carbon market, and used UX commodity prices to match. 

Examining changes in fuel, C02, and market prices, the Company used reviewed 

57 These factors are feasibly the most important in this set. 
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exactly nine quarters of forward prices on the ICE market - between June 201 1 

and June 2013?* The futures report shifted to annual timesteps after June 2013, so 

the Company then added a nine-month step and an annual step, finishing with 11 

data points in December 2014. First, changes over quarters may be quite different 

from changes over annual timesteps (i.e. seasonal gas swings vs. annual 

increments); second, the eleven data points are very scattered and very non- 

robust. 

Simply removing the 9-month span and the annual span from the series makes the 

correlation between gas price and COz drop from -0.23 to -0.52. Randomly 

removing any two datapoints from this series results in answers ranging from a 

comelation of +0.34 to -0.54. 

Finally, the Company chose to use very sparse European data to determine a 

relationship between coal and gas, as well as between electricity market prices 

and those fuels. Without suggesting that adopting historic domestic data is any 

improvement or should be used instead, simply examining trends of U.S. retail 

rates and U.S. natural gas prices against U.S. coal and U.S. demand results in, 

again, a very different correlation. 

In 

58 The Company used vintage data, hence the forward price start at June 201 1. 
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Table 10, below (Exhibit JIF’-12B), I’ve examined domestic gas, demand, and 

retail prices, removed the !%month and 1-year span in the European data for 

carbon correlations and presented an alternate matrix to Ex. SCW-1, Table 1-4. 

This table is provided for illustrative contrasting purposes only. I do not believe 

that the statistics used by the Company (or presented here) are the correct 

mechanism to evaluate uncertainty correlations. I think that, in absence of robust 

and supportable information, I would suggest that no correlations be used in this 

particular uncertainty analysis. 
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Europe 

Table 10. Comparison of correlations presented in testimony and derived from domestic 
data. 

u s  Hypothesized 

in SCW-1, Table 1-4 
I i I I I 

Correlations provid 

Synapse (for contr 

Difference (Compa 

4 

5 Q 
6 

7 A 

8 

9 

10 

11 

Mr. Weaver supports the strongly positive correlation between demand and 
market price in Sierra DR 2-32b. Do you agree with his assessment? 

No, not at all. Sierra Club questioned if “the positive correlation of 0.75 means 

that the Company assumes that retail load will increase as wholesale power prices 

increase.. .” and Mr. Weaver responded that “in the shorter run, as demand 

increases . . . the cost of supplying that power increases as progressively more 

expensive units must be dispatched.” 

12 

13 

The general principles of economic dispatch over short time periods are not in 

dispute. However, this is not the question poised in the Aurora model or answered 

~- 
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2 

3 

4 
5 

6 

7 changes. 

by these correlations. The uncertainty in the Aurora model appears to represent 

annual departures from a mean, not movement along a dispatch curve - that type 

of movement is not uncertain at all, and not only extremely well characterized by 

this dispatch model but completely endogenous. The model is already very well 

equipped to increase market prices in response to short term demand increases; 

this correlation asks for a representation of how demand shifts in response to price 

8 

9 

10 

11 

Indeed, if we look at annual changes in electricity sales (not de-trended) and 

average electricity prices” from the same dataset provided as the response to 

Sierra DR 2-32b6’ we see a fairly consistent negative correlation of about -0.36. 

This same correlation is repeated for Kentucky and Ohio consumers (-0.37) and 

12 (-0.33). 

13 13. AURORA CONCERNS: USE OF AURORA TO SUPPORT THIS F ” G  

14 Q 
15 
16 

17 A 

18 

19 

20 

21 

22 

23 

24 

25 

26 

You have finally noted that the Company has not presented the Aurora 
model used in this manner to the Commission previously. Why is that 
important in this case? 

It is important for the Commission and independent evaluators, such as the 

interveners in this and other proceedings, to be able to examine how the Company 

uses modeling to support their conclusions - particularly if the basis of a decision 

rests so heavily on a modeled outcome, as in this CPCN. The Aurora model, 

while apparently only a small part of the overall modeling performed by the 

Company, is used by the Company to reject two Options - one of which is, by the 

Company’s own estimate, more cost effective than maintaining the Big Sandy 2 

unit. It is my belief that if the Company is willing to stand behind the results of 

this model as the basis for this billion-dollar decision, then the model should be 

robust, transparent, and well audited. 

59 As used by Mr. Weaver in his testimony for coal and demand correlation in Ex. SCW-1, Table 1-4 

6o US DOE, Energy Information Administration. DatalSales (consumption), revenue, prices & customers. 
Available at http://www.eia.gov/cneaf/electricity/page/sales-revenue.xls 
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5 Q  
6 

7 A  

8 

9 

10 

11 

12 

13 

14 

15 
16 

17 

18 

19 

20 

To the best of my knowledge, I understand that this Commission has seen 

reference to the Aurora model from KPCo as the mechanism by which the 

Company determines commodity prices6* and capacity 

decision-making tool unto itself. 

but not as a 

What is your conclusion regarding the Aurora model as used in this 
proceeding? 

Although I am confounded by the lack of transparency into the model inputs and 

outputs provided by the Company, from the aspects that I have been able to 

review, I have found little consistency between the two models (Aurora and 

Strategist), between the filed testimony of Mr. Weaver and the inputs to the 

Aurora model, and between the correlations as stated (or used in the model) and 

correlations derived from a reasonable use of data. 

I have found numerws errors and inconsistencies in the Aurora inputs and 

outputs; and with no ability to trace the use or genesis of the data (or errors), it is 

nearly impossible to state how influential these errors and inconstancies are in the 

final outcome. However, based on my observations of the data presented by the 

Company, it is my assessment that the Aurora model, as presented is more likely 

erroneous - and potentially biased - then actually useful. 

It is my recommendation that the Commission disregard the Aurora analysis in its 

entirety. 

See both AEP East 2009 IRP (p81) and 2010 IRP (p79): “The AEP-SEA long-term power sector suite of 
commodity forecasts are derived from the Aurora model. Aurora is a fundamental production-costing tool 
that is driven by inputs into the model, not necessarily past performance. AEP-SEA models the eastern 
synchronous interconnect and ERCOT using Aurora. Fuel and emission forecasts established by AEP Fuel, 
Emissions and Logistics, are fed into Aurora.” 

62 See KPCo response to Staff DR 2-16 in case 2007-04777. 

~ 
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1 14. CONCLUSIONS . 

2 Q  
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4 A  
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10 

11 

12 

13 

14 

15 

16 

17 
18 

19 

20 

21 

22 

23 

24 

25 

26 

What conclusions are you able to draw on L e  basis of your analysis of the 
Company’s application for CPCN at the Big Sandy 2 unit? 

I conclude that the Company has not provided sufficient evidence that retrofitting 

the Big Sandy 2 unit with an FGD would be the best option for Kentucky 

ratepayers. The evidence that the Company has provided is internally inconsistent 

and ill-founded; when fundamental errors are corrected, the economic benefit 

found by the Company is removed and reversed. 

I find that: 

if the Company expects to continue allocating a sizable portion of 

lievenues from off-system sales to shareholders rather than ratepayers, the 

relative advantage of the FGD is greatly diminished; 

the Company’s projected C02 price forecast is inconsistent with other 

utilities and the industry at large, and exposes ratepayers to significant 

regulatory risk. By correcting this value to even a reasonable 

the, the relative advantage of the FGD retrofit is eliminated; 

bound, 

adjusting for off-system sales revenues, capital cost corrections, and a 

reasonable low bound C02 price reveals that the FGD is at least $470 

million dollars (in cumulative present worth) more expensive than other 

options explored by the Company; 

the Company’s risk analysis in Strategist are insufficient to elucidate a 

reasonable range of risks to consumers; and 
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e the Company’s risk analysis in Aurora is internally inconsistent, 

erroneous, and non-transparent, leading us to question its utility and 

accuracy. 
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ExhibitJIF-S3F 
Supplemental 

Cumulative Present Worth of Revenue Requirements (M 201 I$) 
Re-Analysis with Synapse Low C02  & Adj. Off-System Sales 

Option #I Option #2 Option M A  

2 w/ FGD 2020 

CPW 6,839 7,075 6,918 

Retrofit Big Sandy NGCC Replacement Market to 2020; NGCC in 

Company Assumptions 

Net benefit of retrofit (CPW) 236 78 

Svnapse Low C02 Price & 
Adiusted Off-System Sales 

CPW 7,694 7,702 7,462 

Net benefit of retrofit (CPW) 9 (231) 
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EXHIBIT '69 

a. 

b. 

C. 

d. 

e. 

f. 

g. 

h. 

KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 52 
Page 1 of 3 

Kentucky Power Company 

Direct Testimony of Weaver, Table 1 and pages 23 to 30. Has the Company considered any other 
alternatives aside from Options 1-4? 

If so, please provide detailed descriptions of all other alternatives considered, the level to 
which they were considered (Le. discussion only, analysis, modeling, etc.. .), and any 
analytical work, such that it exists, that examined the cost efficacy of these other 
alternatives. 

If so, please provide any analytical work that supports the non-consideration of those 
alternatives in the final four options presented here. 

If not, why not? 

Has the Company considered the cost effectiveness of replacing Big Sandy with 
capacity-only replacement, such as combustion turbine without combined cycle capacity? 

Has the Company considered the cost effectiveness of replacing Big Sandy with a rnixture 
of capacity and energy resources, such as a mix of combustion turbines and combined cycle 
capacity? 

Has the Company considered the cost effectiveness of replacing Big Sandy with any 
combination of fossil resources and renewable energy purchases in either the short or 
long-tern (i.e. immediately, up to 5 years as in Option 4A, or up to 10 years as in Option 
4B)? 

Has the Company considered the cost effectiveness of replacing Big Sandy with any 
combination of fossil resources and energy efficiency, demand response, or other 
demand-side management acquisitions or programs? 

If the answer to any .of (d)-(e) is yes, and as not otherwise provided in answer to (a) or (b), 
please provide any workpapers showing the scenario considered, the expected costs of the 
scenario, and any model results from comparing the scenario against other alternatives. 

SC EXHIBIT 14 



KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 52 
Page 2 of 3 

FWSPONSE 

a. An additional evaluation was performed in January of 2012, after the filing of this case. This 
assessment focused on the possibility of either acquiring --or entering into a purchase power 
arrangement-- from affiliate Ohio Power Company for a portion of the Mitchell Unit 1 and/or 
Unit 2 facilities. These 770 MW and 790 M W ,  respective coal-fired units are located in 
Moundsville, West Virginia and have recently been environmentally-controlled with FGDs and 
SCRs. The timing of this alternative evaluation was based on the recent prospect that Ohio 
Power Company could become corporately separated and, with that, the generation assets of that 
company may no longer be regulated and, hence, may be available for sale/transfer. 

One of these evaluations calls for the purchase of a 20% portion of the combined Mitchell Units 
1 and 2 (or, a total of 312 MW) and is under consideration as a replacement for the proposed 
retirement of KPCo's Big Sandy Unit 1. This evaluation is intended to be introduced as a 
proposed component of the 'Section 205' filing with the FERC that AEP is intending to file in 
early 2012 that would seek to modify the &P Interconnection (Pool) Agreement. 

Additionally, KPCo management also requested that an additional analysis be performed under 
which Kentucky Power would seek to receive a greater portion from Mitchell Units 1 and 2 
(ostensibly, one of the 'full' Mitchell units) that would serve to eflectively be substituted for the 
like-sized Big Sandy 2. This evaluation also assumed that in lieu of retiring Big Sandy Unit 1, it 
would consider converting that unit to burn solely natural gas (i.e. it would become a "gas- 
steam" unit). 

The attachment to this response is a summary of these indicative Strategist-based evaluations 
performed in January 2012. 

b. As indicated in the response part a of this question, this assessment was performed after this 
KPCo filing, but does not change the results and recornendation of the filing. 

c. NIA 

d. The Company'has not considered the replacement of Big Sandy 2 with a combustion turbine 
unit. If Big Sandy Unit 2 were to be retired, KPCo would be replacing a large "baseload" facility 
that has historically contributed significant amounts of generated energy. As such, if it were to 
replaced purely with peaking capability --in the form of natural gas combustion turbine (CT) 
units, or as a unit simply converted to burn natural gas (Le., a gas-steam unit)--, the Company 
believes it could be exposed to unacceptable levels of market (energy) purchases and, with that, 
potential for price volatility for the long-term life of the CTs/gas conversion due to such 
facilities' would very likely have very low utilizatiodcapacity factors. 

e. No. However, this option is essentially captured by, particularly, Options #4A and #4B. See 
the response Sierra Club 1-5 1, part a, for an elaboration. 

- _  
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KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 52 
Page 3 of 3 

f. No. The Company believes that renewable energy purchases are not substitutable for, 
particularly, capacity planning purposes. For instance, the PJM RTO recognizes only 13% of the 
nameplate MW-capacity of wind generating sources for capacity planning purposes. Further, 
KPCo 2009 request to recover its costs under a proposed wind renewable energy purchase 
agreement W P A )  was denied by the Commission following opposition by KIUC and the 

' Attorney General. 

g. No. While as indicated on Table 1-2 of Exhibit SCW-1, KPCo is projected to achieve 41 MW 
of demand response OR) resource by 2016, and at least 60 MW by 2020, such amounts would 
likely serve to merely adjunct KPCo's resource portfolio, rather than offer a major contribution. 
As with peaking resources, DR would not contribute much in the way of energy contribution. 
Likewise, that same Table 1-2 of Exhibit SCW-1 also indicates as much as nearly 100 G M  of 
(annual) energy efficiency contribution being projected for the Company by 2016. However, that 
level also represents a small (< 2%) percentage of KPCo's overall internal load estimate for that 
year. 

h. NIA 

WITNESS: Scott C Weaver 
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BEFORE 
THE PUBLIC UTILITIES COMI\/DSSION OF OHIO 

DIRECT TESTIMONY OF 
PHILIP J. NELSON 
IN SUPPORT OF 

AEP OHIO'S MODIFIED ELECTRIC SECURITY PLAN 

1 PERSONAL DATA 

z Q. PLEASE STATE YOUR NAME AND BUSINESS ADDRESS. 

3 A. 

4 Ohio 43215. 

s Q. 

6 CAPACITY. 

7 A. 

8 

My name is Philip J. Nelson. My business address is 1 Riverside Flaza, Colwnbus, 

PLEASE INDICATE BY WHOM YOU ARE EMPLOYED AND IN WECAT 

I a.tn employed as Managing Director of Regulatoiy Pricing and Analysis in the 

Regulatoiy Services Department of American Electric Power Service Corporation 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

(AEPSC), a wholly owned subsidiary of American Electric Power Company, Inc. 

(AEP). AEP is the parent company of Ohio Power Company (AEP Ohio or 

Company). 

BUSINESS EXPERIENCE 

Q. PLEASE BFUEFLY DESCRIBE YOUR EDUCATIONAL BACKGROUND 

AND BUSINESS EXPERIENCE. 

I graduated f?om West Libeity University in 1979 receiving a Bachelor of Science 

Degree in Business Administration, majoring in accounting. In 1979, I was employed 

by Wheeling Power Company (WPCo), an affiliate of AEP, in the Managerial 

Department. At Wheeling Power, I was responsible for rate filings with the Public 

Service Commission of West Vir,oinia (PSC), for resolving customer complaints 

A. 

1 



1 

2 

3 

4 

5 

6 

7 

8 

9 

io Q. 

11 

12 A. 

13 

14 

15 

16 

17 

18 Q. 

19 

20 A. 

21 

22 

made to the PSC, as well as for preparation of the Company’s operating budgets and 

capital forecasts. In 1996 I transfeired to the AEP-West Virginia State Office in 

Charleston, West Virginia as a senior rate analyst. In 1997 I transfeixed to AEPSC as 

a senior rate consultant in the Energy Piicing and Regulatoiy Seivices Department, 

with my primary responsibility being the oversight of AEP Ohio’s Electric Fuel 

Component (EFC) filings. In 1999 I tr-ansferi-ed to the Financial Planning Section of 

the Corporate Planning and Budgeting Department where I helped prepare AEP 

financial forecasts. I held various positions in the Corporate Planning and Budgeting 

Department until my transfer to Regulatory Services in Febiuary, 2010. 

WHAT ARE YOUR RESPONSIBILITIES AS MANAGING DIRECTOR OF 

REGULATORY PRICING AND ANALYSIS? 

My department supports regulatoiy filings across the AEP system in the areas of cost of 

seivice, rate design, cost recovery trackers and tariff administration. It also provides 

expert witness testimony on AEP’s east and west power pools as well as technical 

advice and support for power settlements and p e i f o m  financial analysis of changes to 

AEP’s generation fleet. In addition, my depatment provides suppoit and filing of 

generation and transmission foimda rate contracts. 

HAVE YOU EVER SUBMITTED TESTIiiIONY AS A WITNESS BEFORE A 

REGULATORY CORillLIISSION? 

Yes. I have testified before the Virginia State Coi-poration Commission and the 

Public Seivice Commission of West Virginia on behalf of Appalachian Power 

Company (APCo), before the Public Seivice Commission of West Virginia on behalf 

2 



T 

1 

2 

3 

4 

5 PURPOSE OF TESTIMONY 

of WPCo, before the Indiana Utility Regulatoiy Commission on behalf of hcliana 

Michigan Power Company (I&M) and before the Public Utilities Commission of 

Ohio (Commission) on behalf of Columbus Southern Power Company (CSP) and 

Ohio Power Company (AEP Ohio). 

6 Q. 

7 A. 

WEAT IS THE PURPOSE OF YOUR TESTIMONY IN TEE3 PROCEEDING? 

I provide an overview of the Company’s corporate separation plan being filed in a 

8 

9 

separate application before th is Commission. I present infoimation responsive to the 

CoIIynission’s directive in its March 7, 2012 in Case 10-237G-EL-UNC,et al. to 

10 

11 

address the plan for AEP Ohio’s generating assets, including retirements and 

divestitures. I describe the Standard Service Offer (SSO) contract between AEP Ohio 

12 and AEP Generation Resources Inc. (Genco). I discuss the current Fuel Adjustment 

13 Clause (FAC) and the Company’s request to continue the FAC for part of the ESP 

14 Term. I propose a new Altemative Energy Rider (AER) which will segregate the 

15 Renewable Energy Credit (REC) value from Renewable Energy Purchase 

16 

17 

Agreements (REPAS). I discuss the creation of a new rider to recover costs 

associated with investment in new generation resources dedicated to retail customers, 

18 

19 

the Generation Resource Rider (Gm).  I sponsor a pool teimination provision to 

recover potential increases in rates if needed as a result of teimination of the AEP 

20 Interconnection Agreement (AEP Pool). 

21 Q. WHAT EXHIBITS ARE YOU SPONSORING IN THIS PROCEEDING? 

22 A. I am sponsoikg Exhibits PJN-1 through PJN-4: 

23 

3 
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8 

9 
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11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

Exhibit PJN-1 provides a pre and post-coiporate separation chat of AEP Ohio, the 

other AEP East operating companies and AEP Generation Resources Inc. (Genco) 

Exhibit PJN-2 provides a list of culrent AEP Ohio and other AEP East System 

generating units that are estimated to be retired before June 1,2015. 

Exhibit PJN-3 provides a schedule showing AEP Pool capacity sales and purchases 

for 2010 and 201 1 

Exhibit PJN-4 provides additional infoilnation on the FAC as required by Ohio 

Administrative Code (O.A.C.) 4901: 1-35-03(C)(9)(a). 

CORPORATE SEPAFL4TION PLAN 

Q. WOULD YOU PLEASE PROVIDE AN OVERVIEW OF TEIE c o ~ ~ m 7 s  
CORPORATE SEPARATION PLAN FILED CONCURRENTLY WITH THIS 

ESP? 

Yes. The pilncipal purpose of the Corporate Separation filing is to achieve fidl A. 

structural coiporate separation of AEP Ohio’s generation and marketing businesses, 

on the one hand, fiom its transmission and distribution businesses, on the other, 

consistent with Ohio’s coiporate separation mandate. Coiporate Separation is a 

fundamental requirement of the Company’s plan that will lead to fiill market-based 

piicing of generation sei-vice for retail customers and will promote retail shopping in 

Ohio. 

Pursuant to Corporate Separation, transmission and distribution-related assets 

of AEP Ohio will remain in AEP Ohio, which will essentially be a wires-only 

company upon closing, as more fully described below. AEP Ohio’s existing 

generation units and contractual entitlements, fuel-related assets and contracts, and 

4 
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10 
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12 

13 

14 
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16 

17 

18 

19 

20 

21 

22 

23 

other assets related to the generation business will be transferred at net book value to 

Genco. AEP Ohio does not plan to transfer its renewable purchase agreements to 

Genco. That way, the renewable energy credits associated with those agreements will 

stay with AEP Ohio, which will remain subject to state-imposed renewable energy 

obligations. Genco will also assume at closing the liabilities associated with the 

transferred assets including the retired plants and the liabilities associated with the 

retired plants. 

Immediately after transfenkg the assets and liabilities to Genco, APCo will 

obtain the transfeired interest in Unit No. 3 of the Amos generating plant and 

appurtenant interconnection facilities and related assets and liabilities (APCo already 

owns the remaining interest in Amos Unit No. 3) and an 80% undivided interest in the 

Mitchell generating plant and appurtenant interconnection facilities and related assets 

and liabilities (collectively, “Mitchell”), and Kentucky Power Company (KPCo) will 

obtain the remaining 20% undivided interest in Mitchell. 

The long-teim indebtedness of AEP Ohio is composed of general obligations 

that are not secured by the generation assets being transfeired to Genco or by any 

other assets of the company. This unsecured, long-term indebtedness currently 

consists of two types: senior notes (“Senior Notes”) and pollution control revenue 

bonds (“PCRBs”). In order to manage debt maturities before the closing of 

Corporate Separation, AEP Ohio may issue new notes to AEP and use the proceeds to 

repay those debt maturities in the n o i d  course of business. The notes would be 

subject to approval by the Comtnission. Company witness Hawkins provides more 

detail on the financing issues associated with Corporate Separation. 

5 



1 The proposed Corporate Separation plan includes several steps, each of which 

2 will occur one after another at closing. The steps of the transaction are detailed in the 

3 Coiporate Separation filing being made with this Commission. Exhibit PJN-1 is a 

4 chart showing AEP Ohio, the other AEP East operating companies and the 

5 Genco on a pre and post-corporate separation basis.. 

6 

7 

8 

9 

10 

11 

12 

13 

14 

The Applicants intend to close the Coiporate Separation transaction on 

January 1,2014. 

SSO CONTRACT BETWEEN AEP OHIO AND TEE GENCO 

Q. IS TFfERE A CONTRACT NECESSARY BETWEEN AEP OHIO AND THE 

GENCO FROM T33E DATE OF SEPARATION UNTIL THE SSO LOAD IS 

SERVED BY THE RESULTS OF AN AUCTION? 

Yes. hi this ESP, the Company is proposing that there will be an auction-based 

competitive bidding process for the deliveiy peilod beginning Januay 1, 2015 for 

energy and a separate auction for deliveiy beginning June 1 , 201 5 for both energy and 

A. 

15 

16 

capacity. Therefore, between the time of Corporate Separation and the deliveiy date 

of the January 1, 2015 SSO energy auction, the Genco will sell wholesale power to 

17 

18 

AEP Ohio under a full requirements agreement to supply AEP Ohio's non-shopping 

retail load. The SSO Contract will allow AEP Ohio to sei-ve SSO customers, i.e., 

19 

20 

21 

22 

those AEP Ohio retail customers that are not being served by a Competitive Retail 

Electric Seivice (CRES) provider. From January 1, 2015 though May 31, 2015 the 

Genco will provide capacity at $255M--Day, but will no longer supply the energy 

for SSO customers under the SSO contract. Beginning June 1,2015 both energy and 

6 
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3 Q* 
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5 

6 

7 A. 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

capacity will be provided by the SSO auction and therefore the SSO contract between 

the Genco and AEP Ohio ends on that date. 

WI€&T WILL THE CONIPANY PROPOSE FOR FERC APPROVAL THriTT 

PROVIDES GENCO COMPENSATION FOR MEETING AEP OHIO’S 

ENERGY AND CAPACITY OBLIGATIONS AFTER CORPORATE 

SEPARATION AND UNTIL JUNE 1,2015? 

In general, AEP Ohio will pass kouigh generation related revenues to the Genco for 

providmg capacity and/or energy for the SSO load. AEP Ohio will pay the Genco the 

non-fuel generation charges billed to AEP Ohio’s SSO customers under applicable 

retail rate schedules, as well as the Genco’s actual file1 costs. AEP Ohio will also 

reimburse Genco, on a dollar-for-dollar basis, for any tsansmission, ancillary, andor 

other service charges that Genco m y  be billed by PJM in connection with the SSO 

Conkact. 

In addition, revenues that AEP Ohio may receive fiom PJM in connection 

with capacity payments made by C E S  providers under PJM’s Reliability Assurance 

Agreement (“RAA”) would be remitted to the Genco in return for Genco providing 

capacity to AEP Ohio to fulfill AEP Ohio’s Fixed Resouwe Requirement (FRR) 

obligations, as well as the obligations of the C E S  providers. Also, capacity 

payments will be made by AEP Ohio to the Genco at $255/MW-Day in connection 

with the energy only auctions occming while AEP Ohio is still an FRR entity in 

PJM. 

7 



1 Also, any revenues related to moving to a competitive generation market in 

2 Ohio, such as the Retail Stability Rider, will be remitted to the Genco as 

3 compensation for the fulfillment of its obligations. 

4 Q- 

5 

6 

7 A. 

8 

9 

io Q. 

11 

12 

13 A. 

14 

15 

16 

17 

18 

19 

20 

21 

22 

WEIY IS THE AUCTION FROM JANUARY 1, 2015 THROUGH MAY 31, 

2015 AN ENl3RGY ONLY AUCTION AND THE GENCO PROVIDES THE 

CAPACITY? 

AEP Ohio and the AEP East system are contractually obligated to re& a FRR 

entity in PJM until June 1 , 20 15. In the following section I explain the significance of 

this contractual obligation. 

CAN AN AUCTION BASED SSO BE ESTABLISmD FOR m P  Of-ITO'S 

NON-SHOPPING LOAD BEFORE CORPORATE SEPARATION IS 

IMPLEMENTED AND BEFORE THE AEP POOL IS TERMIRATED? 

No, not without the potential to expose AEP Ohio or other AEP Pool members to 

sigmficant financial ham. First, the AEP Pool was not designed for, nor does it have 

specific provisions that would address this situation. Therefore, conducting an SSO 

auction could have substantial impacts on the other members or subject them to 

recoveiy r isks in their state jurisdictions. Conversely, depending on how an auction 

is treated for AEP Pool settlements, AEP Ohio might be exposed to significant 

financial harm. It would also potentially remove AEP Ohio's generation &om 

participating in the SSO auction due to the timing difference between the auction and 

Coi-porate Separation. 

8 



1 AEP OHIO CAPACITY PLAN 

2 Q. 

3 

4 

5 

6 

7 A. 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

PLEASE DESCRIBE TEIE CO~\~IPANY~S PLANS FOR FULFILLING ITS 

LOAD OBLIGATION FROM CAPACITY RESOURCES DURING THE 

TERM OF TECIS ESP INCLUDING PLANS TO DIVEST, RETIRE, AND ADD 

CAPACITY AND EXPLAIN WHElTER ADEQUATE CAPACITY WILL BE 

AVAILABLE ON AN ON-GOING BASIS TO OFIIO CUSTOMERS? 

First, as previously discussed, the Company is requesting in a separate filing the 

authorization to transfer its generating assets to Genco, a separate legal entity, 

duuiug the comse of this ESP. This transfer of the generating assets is necessuy to 

ensure the Company’s customers receive auction based SSO pricing in an efficient 

and expeditious manner. Though the PJM planning year 2014/2015 (PY14/15) AEP 

Ohio together with the other AEP East operating companies, APCo, I&M, KPCo, 

Kingsport Power Company and W C o ,  have elected as a group (East System) to be 

under the FRR option in PJM. This requires the East System to provide its own 

capacity resources to meet its load obligations rather than rely on the PJM RPM 

market to provide capacity resources. Begiuning with PY15/16, AEP Ohio will be 

separate and distinct &om other East System Companies in PJM and has elected to be 

in the Reliability Pricing Model (RPM) capacity market for its SSO load. Therefore, 

there are three distinct peiiods that result in different obligations for the planning of 

capacity resources. The first period (Period 1) is piior to Corporate Separation and 

piior to PY15/16. The second period (Period 2) is after Corporate Separation and 

prior to PY15116. The third period (Period 3) begins with AEP Ohio’s election to to 

9 



1 bid its SSO load into the RPM capacity market beginning in PY15/16. The following 

2 diagram shows the three periods just discussed. 

FRR Commitment - AEPOhio 5 East Companies 

FRR Commitment -AEPOhlo, Gent05  East Cos. 

RPM Election -AEP Ohio 5 Genco Units 

Auction Delivery Period for AEP Ohio SSO Load 

3 

Corporate Separation & Pool Termination (enimatedl/l / l4) 

PY 15/16AEP Ohio Load 5 Genco Units partlclpatf! in RPM 6/1/15 

Energy Auction of AEP Ohio’s550 Load Begins 1/1/15; 
Energyand Demand Auction 6/1/15 

4 

5 For periods 1 and 2, the FRR obligation has not changed for the East System. The 

6 East companies must continue to provide capacity for all the loads that were 

7 submitted to PJM as FRR. The FRR obligation includes the load of AEP Ohio for its 

8 SSO customers, as well as the shopping load that is now served by CRES suppliers in 

9 AEP Ohio’s sewice territory. m e r  Corporate Separation (Period 2) the FRR 

10 generation obligation of AEP Ohio will be assigned to the Genco, which together 

11 with the rest of the East System Companies will continue to be required to meet the 

12 East System load that has been designated FRR, which includes AEP Ohio’s 

13 shopping (CRES) and non-shopping (SSO) loads. Beginning with AEP Ohio’s 

14 election of RPM (Period 3), AEP Ohio is separate fiom the other East System 

15 

16 Q. HOW DOES AEP OHIO MEET ITS FRR OBLIGATION? 

Companies and the AEP Ohio SSO load is included in PJM’s RPM market. 

10 



1 A. 

2 

3 

4 

5 

6 

7 

8 
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10 

11 

12 Q. 

13 

14 

15 

16 A. 

17 

18 

19 

20 

21 

22 

23 

For planning years 12/13, 13/14, and 14/15 certain AEP East generation units and 

contracts have been committed to PJM as part of the AEP System commitment to 

meet East System load that has been previously designated FRR. AEP Ohio units and 

contracts are part of the total pool of generating resources designated by AEPSC on 

behalf of the East System acid there is no requirement to meet the U P  Ohio zone 

load separate and apart from the other Eastern companies. PJM considers AEP a 

single zone. The designation of generating resources as FRR is an election made 

prior to the delivery year. In 2009, resources were committed for PY12/13. hi 2010 

and 2011 commitmerits for PY13114, and PY14/15 were made, respectively. The 

East System generation resources committed to FRR are provided to P M  three years 

in advance of the planning year. 

TVHAT ARE THE PLANNED RETIREMENTS FOR AEP OHIO AND THE: 

AEP EAST SYSTEM GENERATING UNITS AND HOW DO THE 

RETIREMENTS AFFECT THE AEP EAST SYSTEM’S ABILITY TO MEET 

ITS J?RR OBLIGATION? 

Exhibit PJN-2, page 1 provides the list of the AEP East System units estimated to 

retire before June 1, 2015 that was provided to PJM. The ultimate retirement dates 

for these wits will be based on implementation of the new EPA environmental 

regulations. The East Systern, based on earlier dsafts of the EPA mles, had 

anticipated and planned for a certain level of retirements during this period. 

Therefore, at this time the Company believes the East System is in a position to meet 

its FRR load obligation based on its current capacity resources. Page 2 of Exhibit 

PJN-2 shows the x/Iw of retirements as a percent of AEP Ohio’s fossil generation 

11 
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2 

3 

4 Q- 

5 

6 

7 

8 

9 A. 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

compared to the retirements of the other East System companies. As can be seen 

from page 2 of tlis exhibit the planned retirements are balanced. I show th is 

comparison before and after the Amos and Mitchell unit transfers. 

YOU IVIENTIOhXD THAT AEP Om0 IS PLANNING TO CORPORATELY 

SEPARATE AND TRANSFER ITS GENERATING ASSETS TO THE 

GENCO. IF ASSETS ARE THEN TRANSFERRED FROM THE GENCO TO 

OTHER AEP AF’FILIATES, WILL THIS AFFECT AEP OHIO’S ABILITY 

TO MEET ITS FRR COMItIITMENT? 

No. As I previously mentioned, AEP Ohio’s FRR commitment will be assigned to 

the Genco upon Corporate Separation, so such “step two” transfers have no impact. 

Also, as I explained, the FRR commitment has always been done on a system basis, 

not an individual company basis so the transfer between affiliates will have no impact 

on the AEP OhioEast System’s ability to meet the FRR load obligation. 

Furtheirnore, AEP Ohio has had capacity and energy well in excess of its o m  

internal customer’s needs for a number of years and has been selling a significant 

amount of this surplus generation tlu-ough the AEP Pool to its affiliates. In 2010 and 

201 1 , AEP Ohio sold about 2,500 megawatts (MWs) and 2,200 MMTs respectively to 

other AEP Pool members. This is shown on Exhibit PJN-3. In order to equitably 

teiminate the AEP Pool, AEP is planning to transfer AEP Ohio’s share of Amos 3 and 

the AEP Ohio Mitchell units to APCo and WCo which are affiliates and members of 

the AEP Pool. These units compiise approximately 2,500 MW of capacity. 
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1 Q- 
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4 A. 
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7 
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9 

10 

11 

12 Q. 

13 

14 A. 

15 

16 

17 

18 

19 Q. 

20 

21 A. 

22 

23 

HOW WILL riEP OHIO MEET ITS RPNI CAPACITY LOAD OBLIGATION 

FOR PYlY16 AND GOING FORWARD AFTER IT BECOMES AN RPNI 

ENTITY IN PJM? 

It is anticipated that by PY15116 AEP Ohio will have corporately separated and 

become primarily a wires company and will be holding auctions to serve any 

remaining retail SSO load in Period 3. AEP Ohio will bid its SSO load into the PJM 

EPM market. PJM procures capacity on behalf of LSEs through the RPM auction. 

CWS providers serving customers in AEP Ohio’s teixitory will procure their own 

capacity via the PJM auction and no longer be able to rely on AEP Ohio’s capacity 

resources as they have for the planning years preceding PY15/16 when AEP Ohio 

was an FRR entity. 

CAY AEP OHIO STILL PROCURE ITS OWN CAPACITY RESOURCES 

OUTSIDE TKE RPM AUCTION TO SERVE ITS SSO LOAD OBLIGATION? 

Yes. There is notlung in the PJM W M  requirements that preclude AEP Ohio itom 

owning or purchasing capacity resources. Resources owned would need to be bid 

into the RPM auction. Likewise, it is my understandmg that M P  Ohio as an Electric 

Distribution Utility (EDU) in Ohio can own or operate a generation facility under 

provisions of the ESP statute. 

IS THE COMPANY PROPOSING TO OWN OR OPERATE GENERATION 

FACILITIES UNDER 4928.143(C)? 

Yes, later in my testimony I discuss the GRR, including the Turning Point project 

which will be requested under this provision of the ESP statute in a separate filing. 

AEP Ohio considers the request for Turning Point rather unique. The Company has 

13 



1 

2 

3 

4 

no plans for additional capacity additions under this provision. The Company will 

rely on the RPM market to fiilfill the Company’s SSO capacity obligation beginning 

in PY15116. As I mentioned earlier, it is PJM’s responsibility to ensure that there is 

adequate capacity under the RPM construct to meet the capacity requirements of all 

5 the loads in PJM., Finally in this regard, Company witness Graves discusses the 

6 operation of PJM markets in more detail. 

7 THE FUEL ADJUSTMENT CLAUSE RAC) 

8 Q. PLEASE REVIEW THE CURRENT FAC. 

9 A. 

10 

The Companies’ current FAC began in 2009 as part of the 2009-201 1 ESP. The FAC 

recovers the actual cost of fuel, purchased power, including capacity and other 

11 

12 Q. 

13 A. 

variable production costs such as environmental variable costs. 

PLEASE REVIEW THE ACCOUNTS INCLUDED IN TFIE CURRENT FAC. 

The following is a list of accounts that are currently included in the FAC along with a 

14 

15 

bi-ief description of each account. 

0 501 Fuel - ‘Illis account includes the cost of file1 and transportation costs used 

16 in the production of steam for generation of electricity. For the Companies, 

17 this is the vast majority of variable costs associated with energy production. 

18 The fees associated with the FAC audit are also charged to this account. 

19 0 502 Steam Expenses (Environmental subaccounts) - This account includes 

20 the cost of material and expenses used in the production of steam for the 

21 generation of electricity. hi recent years the majority of the expenses recorded 

22 

23 

in this account have been for chemicals used in environmental equipment such 

as selective catalytic reduction (SCR) equipment and flue gas desulfiu-ization 

14 
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14 

15 

16 

17 

18 

19 

20 

21 

22 

(FGD) equipment. These chemicals are refeixed to as environmental 

consumables and include lime, limestone, trona, and mea. Lime and 

limestone are used in FGDs to remove sulful. fiom the post combustion 

process. Urea is the piinmy chemical agent used in the removal of NOx. 

Trona is necessary to h d e r  the foimation of SO3, where an FGD and SCR 

are used in tandem. Any new environmental-related chemicals that may be 

required 111 the future will be included in the FAC. 

509 Allowances - This account records the cost of emission allowances to 

cover the emission of effluents such as SO2 and NOx. 

518 Nuclear Fuel Expense - This account includes the net amoitkation of 

the cost of nuclear fuel assemblies. The Companies do not own or operate a 

nuclear generating plant, are not currently inculring this cost, and are not 

expecting to incur this expense in the foreseeable future. 

547 Fuel - This account includes the cost of fuel used in facilities other than 

steam electxic generation, such as a simple cycle gas peaking unit. Fuel costs 

for combined cycle gas plants are recorded in Account 501. 

555 Purchased Power - This account records the cost of electricity purchases 

including transactions under the AEP Pool and renewable energy contracts. It 

includes both energy and demand or capacity charges. PJM Interconnection 

L.L.C. (PJMJ ancillary services that are recorded in Account 555 are not 

included in the FAC, but are included in the Trmsmksion Cost Recoveiy 

Rider (TCRR). 

0 

0 

0 

0 
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23 

0 SO7 Rents (Applicable subaccounts only) - If a purchased power contract or 

unit power sale is required to be recorded as a lease per accounting mles, then 

the demand charge associated with the purchased power contract may be 

recorded in this account. Currently, there are no demand charges recorded in 

this account for the Companies. 

557 Other Expenses (Power Supply - applicable siibaccounts only) - This 

account records the cost of renewable energy credits (RECs) to meet the 

renewable requirements of S .B. 22 1. 

411.8 Gains from Disposition of Allowances and 411.9 Losses from 

Disposition of Allowances - If gains or losses are experienced on the sale or 

other disposition of emission allowances, they are recorded in these accounts. 

Regular sales of allowances occur at the annual EPA auction resulting in gains 

each yeas. Sales to third paities are periodically made and settlements under 

the Federal Energy Regulatoiy Commission (FERC) approved AEP Interim 

Allowance Agreement (IAA) can result in gabs and losses. 

Other Accounts and subaccounts - If environmental, fuel, purchased power 

and renewable expenses or taxes are recorded in accounts or subaccounts not 

specifically mentioned in this testimony, the Companies may include them in 

the FAC. For example a carbon tax could be implemented and recorded in a 

tax account. Clearly, such a federally mandated carbon or energy tax would 

be recoverable though the FAC. 

0 

0 

0 
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2 A. 
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10 

11 

12 
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14 
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16 Q. 

17 

1s 

19 A. 

20 

21 

22 

23 

IS THE COMPANY PROPOSING TO CONTINUE THE FAC IN THIS ESP? 

Yes, but only until the Company’s SSO load is supplied thr0ugJ.1 the auction process, 

which would be,h January 1,2015. At that tiroe the Company will implement a rider 

which will recover the purchased power expense resulting fiom the auction for the 

load not served by a CRES. For the period from Coiporate Separation until SSO load 

is supplied tllrougll the auction process, the Genco will bill AEP Ohio its actual file1 

costs, in the same or similar form and detail as contained in current FAC monthly 

accounting done by AEP Ohio. In addition, the Company is proposing to modify the 

FAC by removing Account 557 and the REC expense fi-om the fie1 clause, and 

recoveilug REC expense though the new AER. In addition, bundled purchased 

power products, or REPAs, ctmently recorded in Account No. 555, will be split into 

their REC and non-REC components. The REC component will be recovered 

though the AER and the non-REC portion will continue to be recovered through the 

FAC. The AER will continue through the full term of the ESP. I will discuss the 

AER later in this testimony. 

IN ADDITION TO THE INFORMATION YOU HAVE ALREADY 

PROVIDED ON THE FAC, ARE YOU PROVIDING ANY ADDITIONAL 

INFORNIATION PURSUANT TO O.A.C. 4901:1-35-03(C)(9)(s)? 

Yes Exbibit PJN-4 provides additional infoi-mation as specified in this section of the 

O.A.C., including the generating plants currently owned by AEP Ohio that the FAC 

cost peitains to and a narrative pertaining to the Company’s procuremeiit policies and 

procedures regarding FAC fuel costs, this information is applicable for the period 

before Corporate Separation occurs. 
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THE ALTERNATIVE ENERGY RIDER (AER) 

18 

Q. 

A. 

Q. 

WHAT MECHANISM IS THE COMPANY PROPOSING FOR THE 

RECOVERY OF REC EXPENSE IN THIS ESP? 

The Company is proposing to begin recoveiy of REC expense, associated with 

REPAs or acquired directly, via the AER starting with the implementation of th is 

ESP. The energy and capacity poi-tions of renewable energy would continue be 

recovered under the FAC, while it exists. After the FAC teimkates, energy and 

capacity associated with the REPAs will be sold into the PJM market and netted 

against the total cost of the REPA, leaving only the residual REC expense to be 

recovered from SSO customers. The REC values will flow though the REC 

inventoiy and be charged to Account No. 557 (Other Power Supply Expense) which 

is used today for identified REC expense and is cumently included in the FAC. The 

Company will recover the REC expense through the AER and, therefore, will no 

longer include this expense or account in the FAC. The REC expense recoverable 

by the AER is bypassable for those customers who switch to another supplier. The 

Company will make the quarterly filing of the AER in conjunction with the FAC, 

while it exists. M e r  the FAC teimhates, the Company will continue to acquire 

RECs to meet its renewable poi~olio standards for its SSO load and will use the AER 

to recover the associated costs. 

I N  TEE COMPANY'S CORPORATE SEPARATION FILING, THE 

COMPANY IS PROPOSING TO LEAVE THE REPAS WITH OPCO AFTER 

CORPORATE SEPARATION. WILL THIS REDUCE TEE AMOUNT OF 

ENERGY OR CAPACITY TO BE AUCTIONED? 



1 A. 

2 

3 

No. The plan is for the Company to liquidate the energy and capacity in the PJM 

market. This sale of energy and capacity will offset fiilly the purchase of energy and 

capacity value of the REPA. Therefore, the full SSO load will be available to be 

4 auctioned. RECs which are a product separate from capacity and energy will not be 

5 

6 

7 Q- 

8 

9 A. 

10 

11 

12 

13 

14 

15 

sold as part of this transaction and will be available to the Company to meet its 

alterxative energy reqirements. 

HOW WlLL THE REC EXPENSE BE DETERMINED WHEN PURCaASED 

AS PART OF A BUNDLED RENEVVABLE PRODUCT (LE., REPA)? 

To segregate the REC component of a REPA, the Company will allocate the purchase 

price into three components (energy, capacity, and REC value) using a residual method. 

The Company will use a monthly average PJM market price to value the energy 

component. Capacity will be valued using the price at which it can be sold into the 

PJM market. The remaining value would then be the cost of the REC. A simple 

(residual) example, using hypothetical values for unbundling a REPA of $701 Mwh is 

outlined below. 

16 

Energy $35 (LW) 

Capacity 

$23 (Re-g value) 

I $70 I I Total 

17 
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1 Q. WOULD THE IMPLIED REC VALUE RESULTING FROM THE ABOVE 

2 DESCRIBED METHOD ALSO BE THE REC VALUE USED FOR THE 

3 

4 A. 

5 

6 GENERATION RESOURCE RIDER (GRRi 

PURPOSES OF CALCULATING THlE 3% COST CAP? 

Yes, for consistency the Company submits that the same implied REC value shouild 

be used for the cost cap calculation under rule 4901:l-40-07 O.A.C. 

7 Q- 

8 

A. 

10 

11 

12 

13 

14 

15 

16 

17 Q. 

18 

19 

20 A. 

21 

22 

PLEASE DESCRIBE THE GRR RIDER BEING PROPOSED BY THE 

COMPANY IN THIS FILING. 

AEP Ohio is proposing to establish a nonbypassable rider which will recover the cost 

of new generation resources, including renewable capacity that the Company owns or 

operates for the benefit of Ohio customers. This rider is nonbypassable and will be 

designed to recover renewable and alternative capacity additions, as well as more 

traditional capacity constructed or financed by the Company and approved by the 

Commission. The GRR will be used for recovery of the proposed Turning Point 

project, if approved by this Commission. It is not expected that there will be any 

additional projects included in the rider during the term of th is ESP. 

IS TEIE COIWPARTY SEEKING APPROVAL OF THE PROPOSED NON- 

BYPASSABLE CEURGE ASSOCIATED WITH THE TURNING POINT 

PROJECT AS PART OF THIS CASE? 

No. The Company will be seeking the Commission’s approval of the non-bypassable 

charge for the life of the proposed Tullling Point project in a separate proceeding after 

the Commission determines the need for the facility in Case Nos. 10-501-EL-FOR 

20 



1 

2 

and 10-502-EL-FOR and establishes the GRR as requested in this proceeding. For 

now, the GRR would be a placeholder rider established at level of zero. 

3 POOL TERMINATION PROVISION 

4 Q. PLEASE DESCRIBE THE STATUS OF THE AEP POOL. 

5 A. On December 17, 2010 AEP Ohio and other members of the AEP Pool provided 

6 

7 

written notice to each other of their mutual desire to teiminate the existing agreement 

on three years notice in accordance with Article 13.2. The Interim Allowance 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 Q. 

18 

19 A. 

20 

21 

22 

23 

Agreement (IAA) would be teiminated concurrently with the AEP Pool. Shortly after 

the filing of this ESP, AEPSC on behalf of the operating companies that are members 

of the AEP Pool will make a filing with the FERC noti@ing it of the members’ 

intention to teilninate the AEP Pool on Janua~y 1, 2014. Concurrent with the AEP 

Pool termination AEP Ohio plans to implement its Corporate Separation plan. The 

requested Corporate Separation will be filed with this Commission in a separate 

proceeding as previously discussed. OPCO’s cument share of Amos unit 3 and both 

Mitchell units will subsequently be bansfened to APCo and Kentucky Power upon 

receiving the necessary state and federal approvals. 

VVHY IS THE TERMINATION OF THE AEP POOL AND IMPORTANT 

ISSUE FOR THE COMPM’? 

A significant portion of AEP Ohio’s total revenues come from sales of power to other 

Members of the AEP Pool. With the termination of the AEP Pool, the Company will 

need to find new or additional revenue to recover the costs of its generating assets, or 

reduce the cost of those assets. The Capacity payments received by AEP Ohio cannot 

be mitigated by oppoi-tunity sales in the market alone. The Company is therefore 

21 
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proposing an oppo~Qmity to make a subsequent application with this Commission, if 

needed to recover lost revenues as part of the move to competitive markets. 

IS THE COMPANY SEEKING COMPENSATION FOR THl3 LOSS OF AEP 

OHIO’S CAPACITY REVENUE AS A RESULT OF Tl3E AEP POOL 

TERMINATION. 

No, unless the Corporate Separation plan, including the plan for the Amos and 

Mitchell unit transfers, is not approved and implemented. The transfer of these units 

is one of the Companies principal methods of mitigating the financial h a m  to the 

Genco fiom the termination of the AEP Pool. If the transfer of these units occurs, 

less revenue is needed by the Genco, since it will no longer incur the expenses 

associated with these units. The megawatts associated with AEP Ohio’s share of 

Amos 3 and the Mitchell units are equivalent to the amount of megawatts sold in the 

last two years to other members of the AEP Pool. 

HOW WOULD THE PROPOSED POOL TERMINATION PROVISION 

WORK? 

If the Company’s requested Corporate separation plan is approved as filed, then this 

provision is not biggered and the Company agrees not to make any subsequent filing 

under this provision. If the Coqorate Separation plan is denied or amended then the 

Company would be permitted to charge a nonbypassable rate to compensate it for any 

loss of eamings associated with the AEP Pool termination. That compensation would 

be determined in a subsequent filing made under this ESP. In general, the Company 

will compare the lost AEP Pool capacity revenue to increases in net revenue related to 

new wholesale transactions or decreases in generation asset costs that result fiom the 
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4 Q- 
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7 A. 
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10 
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12 Q. 

13 

14 

15 

16 A. 

17 

18 

19 Q. 

20 A. 

AEP Pool termination. If there is substantial decrease in net revenue then the 

Company may avail itself of this provision and seek recoveiy of the lost net revenue 

&om retail customers. 

IF THX AEP POOL TERiiTKNATION PROVISION IS INVOKED, WHAT 

PERIOD W&L THE C 0 M F ” i  USE TO DETERMCNE THE 

SUBSTANTIAL HARM TO TECE COMPANY 

The annual effect will be deteimined by comparing the actual AEP Pool capacity 

revenue in the most recent twelve-month period preceding the effective date of the 

change in the AEP Pool, to increases in net revenue related to new wholesale 

transaction or decreases in generation asset costs using that same twelve-month 

period. 

IS THE COMPANY PROPOSING A THRESHOLD AM.OUNT Up TO 

YVHICH IT WILL B E m  TEE COST OF TERMINATING THE POOL ANID 

NOT SEEK ANY RECOVERY FROM CUSTOMERS UNDER THIS 

PROVISION? 

Yes. The Company will not adjust the proposed ESP rates if the annual effect of the 

AEP Pool termination or any new afliiiate arrangement is less than $35 million on an 

annual basis during the teim of this ESP. 

DOES THIS CONCLUDE YOUR DIEUCCT TESTIMONY? 

Yes it does. 
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Exhibit PJN-2 
Page 1 of 2 

AEP East Generating Unit Retirements 
Estimated to be Retired by June  1, 2015 

M W  
Plant Location Unit AEP Ohio Other AEP East Cos. 

Conesville* 

Big Sandy 

Clinch River 

Glen Lyn 

Kammer Plant 

Kanawha River 

Muskingum River 

Beckjord* * 
Picway 

Philip Sporn 

Tanners Creek 

Conesville, OH 

Louisa, KY 

Cleveland, VA 

Glen Lyn, VA 

Moundsville, WV 

Glasgow, WV 

Beverly, OH 

New Richmond, OH 

Lockbourne, OH 

New Haven, WV 

Lawrenceburg, IN 

165 

630 

840 

54 

100 

300 

278 

235 

335 

400 

300 

495 

2,089 2,043 

*Expected retirement 12/31/2012 
**Plant operated by Duke Power Company 



Exhibit PJN-2 
Page 2 of 2 

UNIT RETIREMENTS AS A PERCENT OF FOSSIL CAPACITY 
(FOSSIL excludes nuclear, hydro, pumped storage, wind, and solar.) 

Nominal Capability (MW) 
APC I&M KPC OPC** Total 

Total Generation" Before Transfers 6,567 3,397 1,471 15,151 26,586 

Transfers*** Proposed in FERC Filing 2,'115 31 2 (2,427) 

Total Generation After Transfers 8,681 3,397 1,783 12,724 26,586 

Upcoming Retirements*** (1,270) (495) (278) (2,089) (4,132) 

Total Generation After Transfers 7,411 2,902 1,505 10,635 22,454 

Retirement YO Before Transfers 

Retirement YO After Transfers 

19% 15% 19% 14% 16% 

15% 15% 16% 16% 16% 

*Includes CD2, CD3, Mone, OVEC and Lawrenceburg entitlements of approximately 3900 MW. 
**AEP Generation Resources owns the generating assets post corporate separation 
***A portion of the unit transfers (350 MW) is related to the  transfer of Wheeling Power's load from OPC to APC 
****Sporn 5 was retired February 13,201 2 

Other Notes: 
Current planning includes an FGD for Big Sandy unit 2 (KPC) in 2016 and an SCR and FGD for Rockport unit 1 (I&M 
and KPC) in 2016. BS2 is 800 MW and RPTl is 1320 MW 

Nominal capability is typically higher than summer capability 



Exhi bit PI N-3 



Exhibit PJN-4, Page 1 

INFORiWIATION PROVIDED PuRSUAiiT TO OAC 4901 : 1-35-03(C)(9)(a) 

General Fuel Renuirements 

The generating units of OPCo (AEP Ohio) and the other AEP System- East Zone 

operating companies, wlich are predominantly coal-fired, are managed to ensure 

adequate fuel supplies to meet normal bum requirements in both the shoi-t-teim and the 

long-teim. Ameiican Electric Power Sei-vice Corporation (AEPSC), acting as agent for 

AEP Ohio, is responsible for the procurement and delivery of fuel and chemicals used 

for enviroimerital compliance (comumables) to AEP Ohio's generating stations. AEPSC's 

primary objective is to assure a continuous supply of quality fuel at the lowest cost 

reasonably possible. Deliveries are aimnged so that sufficient fuel and consumables are 

available at all times. The quality of the delivered coal is fkdamental to achieving and 

maintaining compliance with the applicable environmental limitations and operating 

efficiencies. 

AEP Ohio passes any net gains on the sale of emission allowances througlI the 

FAC. AEP does not have a practice of re-sehg coal contracts, however, if it did so it would 

pass any cost savings or profits related to Ohio generatkg resources ~ ~ I I - O U ~ ~ I  the FAC. 

Coal and Gas Procurement Process 

Coal delivery requirements are deteimined by taking into account existing coal 

inventoiy, forecasted coal consumption, and adjustments for contingencies that 

necessitate an increase or decrease in coal inventory levels. Sources of coal are 

determined by taking into account contractual obligations and existing souces of supply. 

AEP Ohio's total coal requirements are met using a portfolio of long-term arrangements and 
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1NFOR.iiIATION PROVIDED PURSUAIYT TO OAC 4901 :1-3S-O3(C)(9)(~) 

spot-market purchases. Long-term contracts support a relatively stable and consistent 

supply of coal. Spot purchases are used to provide flexibility in scheduling contract 

deliveries, to accommodate changing demand, and to cover shoi-tfalls in deliveries 

caused by force majeure and other doreseeable or unexpected circumstances. Occasionally, 

spot purchases are also made to test-bum any promising and potential new long-term sources 

of fuel in order to determine their acceptability as a fuel source in a given power plant's 

generating units. 

All long-teim and most spot purchases of coal for AEP Ohio's plants are made 

based on the evaluation of competitive bids. Additional short-term purchases are made 

based on an evaluation of offers (both solicited and unsolicited) from suppliers compared to 

current published market prices as well as other offers for tonnage of acceptable quality. 

In all cases, the goal is securing the lowest reasonable delivered price on a cents-per- 

million-BTU basis. 

mP Ohio's day-to-day needs for natural gas are generally unpredictable and are 

generally purchased on a day-ahead and intra-day basis as needed for peaking 

requirements. Natural gas is competitively purchased and primarily obtained in the spot 

market with piices on a daily index or a daily fixed price. The Company has arranged for 

both firm and intenuptible transportation service fiom various inter-state pipelines, which 

provide flexible supplies fiom multiple production areas. 

Inventory 

AEP Ohio attempts to maintain in storage at each plant an adequate coal and comumables 

supply to meet noma1 bum requirements. However, in situations where coal supplies fall 
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below prescribed minimum levels, the Company attempts to conserve coal supplies. hi the 

event of a severe coal shoitage, AEP Ohio and the AEP SystemEast Zone operating 

companies would implement procedures for the orderly reduction of the consumption of 

electricity, in accordauce with the Emergency Operating Plan [is this affected by CS]. 

GeneratinP Unit Information 

The generating units that AEP Ohio owns are included in the table below. The table 

also lists major environmental equipment that has been added to the urds: Flue Gas 

Desulfurization (FGD) for the control of SO2 emissions, and Selective Catalytic 

Reduction (SCR) for the control of NOx emissions. The costs associated with these 

generating units are included in the FAC as set out in the Company's testimony in its 

ESP filing. 
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AEP Ohio Omed Generating Units 
(March 15,2012) 

Note A The Cardinal Plant consists of thee coal-fued steam units, with Unit No. 1 owned by Ohio Power 
and Unit Nos. 2 and 3 owned by Buckeye Power, Inc. (‘LBuckeye”). 

OlGo Power jointly owns several units with Duke Energy Ohio, LLC and Dayton Power and Light 
Co. The jointly-owned units are Conesville 4, Stuart 1-4, Beckjord 6 and ZLrmner 1. Stuart Diesel 
units 1-4, which are not listed above, will also transfer to AEP Generation Resources. 

Ohio Power owns two-thirds and APCo oivns one-third of Amos Unit No. 3. 

Note B 

Note C 

Note: Ohio Power also has certain contractual entitlements to purchase power, which will transfer to AEP 
Generation Resources. 
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Purchased Power 

AEP Ohio makes power purchases from affiliates, non-affiliated companies and though 

the PJM market that will be included in the Companies' proposed FAC. AEP Ohio has 

contracts to purchase power from OVEC and Buckeye Power generating units, and from 

its affiliate, American Electiic Generating Company's (AEG) Lawrenceburg plant. 

AIEP Power Pool and PJNI 

The FAC reflects the AEP Ohio generatiug resources being operated under the AEP 

Interconnection Agreement until its expected termination. AEP is a member of PJM and 

operates its fleet, including AEP Ohio's generating resources, in accordance with PJM 

protocols. 

Economic Dispatch 

AEP, along with other generators in PJM, "offer(s)" available generating units into the 

PJM market on a daily basis. PJM peiforms an economic dispatch for the PJM footpi-int 

to meet the load requirements with all available generation. ABer the end of the month 

AEP reconstructs, for cost allocation purposes, the economic dispatch for its units based 

on hourly generating unit output. This reconstruction assigns the resources used for Off- 

System Sales for each hour of the month. The resources at the top of the stack, i.e., those 

with higher variable costs, are assigned to Off-System Sales resulting in lower costs 

assigned to inteinal load customers. 
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Cornorate Separation 

The Company’s cull-ent ESP term covers a period that includes AEP Ohio operating as a 

bundled utility, with its own generation resources, and as a member of the AEP Pool. 

The ESP term also encompasses the period after the termination of the AEP Pool and the 

Corporate Separation of non-T&D assets and liabilities from AEP Ohio. The forgoing 

primarily describes the operation of AEP Ohio as a bundled utility. 

Some of the major changes to the previous narrative are discussed below. The 

generation assets listed in the table for existing generation will no longer be owned or 

operated by AEP Ohio. There will not be any M P  Pool transactions that affect the FAC 

after termination of the AEP Pool. There will be a purchased power contract with AEP 

Generation Resources Inc. (Genco) to supply the SSO load requirements of AEP Ohio 

after Corporate Separation and prior to the auction of that load. Once suppliers begin 

serving AEP Ohio’s retail SSO load as  a result of the auction, the purchased power 

contract with the Genco ends and purchased power contracts between AEP Ohio and the 

winning wholesale auction bidders begin. More detail of these transactions is contained 

in the Corporate Separation filing to be made with this Commission and the upcoming 

filings to be made with the Federal Energy Regulatory Commission. 
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Executive Summary 

Indiana Michigan Power Company’s (I&M, or “the Compaiiy”) energy and peak 

requirements are expected to grow at 0.3% and 0.4% per year, respectively, through 

2031. To meet these requirements, I&M analyzed thee distinct resource portfolios - 1) 

one plan that retrofits its larger coal units at Rockport and Tanners Creek to meet new 

and proposed eiivironmental mandates (Base Plan); 2) a plan that retires Tanners Creek 4 

in 2015 aiid replaces it with a natural gas combined cycle facility in 2017 (Gas Plan), and 

finally 3), a plan that meets I&M’s energy requirements assuming Tanners Creek 4 is 

retired, and replaces it with market purcliases (Market Plan.) 

Tlie Base Plan maintains the capacity of Rockport 1 and 2, Tanners Creek 4, and 

the two Donald C. Cook Nuclear Plant units. Tanners Creek 1-3 are assumed to be retired 

by December 3 1 , 2014. Renewable capacity and demand response/energy efficiency 

programs are expanded in the Base Plan. This Base Plan is expected to have a lower cost 

to customers tlirougli 2040, on a cumulative present value basis, than the Gas or Market 

plans. Tlie Base Plan allows the Company to meet its customer’s energy requirements, 

emission reduction requirements and energy efficiency mandates without subjecting 

customers to significant risk. Tlie supply-side expansion plan represented in the Base 

Plan reflects I&M’s commitment to DSM programs aiid compliance with energy 

efficiency mandates, renewables, and to the need for compliance with environmental 

regulations. 

AEP-East Pool Status 

On December 17, 2010, pursuant to Article 13 of the Federal Energy Regulatory 

Commission (FERC)-approved AEP Interconnection Agreement (“IAyY’ “Interconnection 
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Agreement” or “AEP Pool”), each of the AEP Pool inembers gave written notice to the 

other members, and to American Electric Power Service Coi-poratioii (“AEPSC”), the 

AEP Pool’s agent, of its intent to allow for modification-including the possibility of 

termination- of the Interconnection Agreement, effective January 1 , 2014 or such other 

date as approved by FERC’. Because the IA is a rate schedule on file at FERC, its 

modification, and possible termination, will not be effective until accepted for filing by 

FERC. 

The Inteiim Allowance Agreement among the AEP companies (,cIAA’y), wliich 

was iiiost recently modified in 1996 and deals with sulfur dioxide (S02) einissions and 

allowances, would likely be terminated. Environmental regulations have expanded 

beyond those intended to be covered by the IAA. For example, the IAA does not cover 

the allowance program established for emissions of nitrogen oxides (NOx). In addition, 

evolving environmental regulations will likely require unit-specific, rather than system- 

wide, solutions. 

Environmental Compliance Issues 

The 2011 kitegrated Resource Plan (IRP) considers filial and proposed future 

Uiiited States Enviroimental Protection Agency (EPA) regulations that will iinpact 

fossil-fueled electric generating units (EGU). 

The EPA has issued final rulemalung to replace the former Clean Air Interstate 

Rule (CAIR) for the regulation of SO2 and NOx which had previously been remanded by 

1 The timing of the modification or tennination of the IA may be affected by the Stipulation pending before 
the Public Utilities Coinmission of Ohio in (Case Nos. 11-346-EL-SSO and 11-348-EL-SSO), which, if 
approved, would require the generating assets in Ohio to be placed in a separate corporation and result in 
the filing at the FERC to be made in early 2012. 
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tlie federal courts. The EPA issued the Cross-State Air Pollution Rule (CSAPR) to 

establish state-specific emission budgets for SO2 and both annual and seasonal (May- 

September) NOx with a two-phase emission reduction beginning in 20 12. Further, the 

EPA proposed the EGU Maximum Achievable Control Technology (MACT) iule in 

March 201 1 to replace the court vacated Clean Air Mercury Rule (CAMR). As proposed, 

the EGU MACT iule will regulate emissions of hazardous air pollutants (HAPS) such as 

mercury, arsenic, chromium, nickel, certain acid gases aiid organic HAP compounds and 

is expected to be finalized in December 20 1 1 with full implementation in 20 15. The EPA 

is also expected to propose first-ever requirements regulating greenhouse gas emissions 

as early as later this year, but tlie substance of those requirements is not luiown. 

Combined, the CSAPR, EGU MACT rule, and other impending federal air regulatoiy 

programs will require significant emission reductions &om all U.S. coal and lignite-fired 

units. Emission reductions will be achieved beginning in 2012 as a result of unit 

retirements, unit curtailments, and installation of emission control teclmologies, including 

flue gas desulphurization (FGD) or dry sorbent injection (DSI), selective catalytic 

reduction (SCR), activated carbon injection (ACI), and fabric filter systems (FF). 

In addition, a new rule on the handling and disposal of coal combustion residuals 

(CCR) is being developed by the EPA, which, as proposed, would require significant 

additional capital investment in coal-fixed EGU necessary to convert “wet” ash and 

bottom ash disposal equipment and systems-including attendant landfills and ponds-to 

“dry” systems aiid in addition build waste-water treatment facilities to process plant 

groundwater run-off before discharge. EPA is also developing regulations with respect to 

the intake of cooling water and discharge of wastewater, which has the potential to 
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require significant capital investment for compliance in the future. 

The cumulative cost of complying with these final aiid proposed environmental 

rules will be highly burdensome to I&M, the AEP-East operating companies, and their 

customers. Such requirements will also accelerate environmental equipment retrofits aiid 

proposed retirement dates of any currently non-retrofitted coal unit in I&M and the AEP- 

East fleet. 

The analyses used in developing this IRP assume that greenhouse gas (GHG) 

legislation or regulation will eventually be implemented. However, rather than a more 

comprehensive cap-and-trade approach, it is assumed that the resulting impact would be 

in the form of a proxy of C02 “taxyy which would take effect in the approximate 2022 

timeframe. The cost of C02 is expected to stay within the $15-$30/ton.1ie range over the 

long-term analysis period; however, a higher cost C02 sensitivity case was also 

developed to test the impact of a literal doubling of C02 prices on the plan selection 

decision. 

Summary of I&M and AEP-East Resource Plans 

An IRP explains how a utility compaiy will meet the projected capacity (Le., 

peak demand) and energy requirements of its customers. By Indiana d e ,  I&M is 

required to provide an IRP that encompasses a 20-year forecast period. 

Specific I&M capacity additions are listed in Figure 1 and their relative impacts to 

I&M’s capacity position are shown on Figure 2. Accordingly, AEP-East capacity 

additions are listed in Figure 3 and their relative impacts to AEP-East’s capacity position 

are shown on Figure 4. For I&M this includes the construction or acquisition of 

additional intermediate capacity as well as additional wind purchases to meet both 
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voluntary and mandated renewable goals established in the I&M service territory. Figure 

1 also shows that I&M requires NO market purchases to meet mininium reserve criteria 

in PJM. Figure 2 illustrates the importance of DWEE to I&M, the level for which are 

largely established pursuant to achieving luown state-specific DWEE mandates. 

Figure 1 
I&M Resource Plan to Meet PJM Reserve Margin Requirements 

I 

Planning 
Year 

2011112 
2012 113 
2013 114 
2014 115 
2015 116 
2016 117 
2017 118 
2018 I19 
2019 120 
2020 121 
2021 122 
2022 123 
2023 124 
2024 125 
2025 126 
2026 127 
2027 128 
2028 129 
2029 130 
2030 131 
2031 132 

Lxisting Capacity (MW) (a: 

(485) 

30 

(985) 30 

kM Capacity Portfolio (Stand-Alone ' -  v l  I 
New Capacity (MW) 

Fossil Fuel 

100 13 
100 13 
100 13 

100 13 

562 

100 13 

500 65 562 

. I  

DWEEIINT 

DWEE 

14 
23 
49 
123 
186 
249 
31 3 
353 
389 
408 
412 
415 
418 
419 
423 
423 
423 
422 
423 
423 
423 
423 

:)(dl 

Contracted 
nterruptible 

258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 
258 

I 

(a) Not shown are smaller unit derates and uprates (4OMW) which are embedded in the current plan and are largely offsetting. 

(b) Capacity Value in PJM is initially set at 13% of nameplate for wind and 38% of nameplate for solar 
(c) Energy Efficiency (EE) represents 'known & measurable', commission-approved program actidty now projected by 

(d) Demand Response (DR) represents demand response curtailment programs and tariffs 

Retirements are shown in the calendar year in which they occur. 

AEP-Economic Forecasting in the most recent load forecast 
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Figzcre 2 
I&MPJM Capacity Position 

5,500 

5,000 

4,500 

4,000 

3,500 

3,000 
2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 

Remaining Existing Capacity (MW) 

New Renewable Generation (MW) - - -Total Obligation (MW) (Excluding DIUEWINT) 

New Fossil Fuel Generation 0 
EEZZl Annual Purcliascs (MW) 

-Total Obligation (MW) 

In order for AEP-East to maintain its minimum PJM reserve requirement, market 

purchases, as outlined in Figure 3, are needed as early as the 2014/2015 PJM “planning 

year”. It has been assumed that this purchased capacity would be assigned to AEP-East 

companies under the existing AEP Pool construct. Under that construct any short-term 

market purchases are allocated to all the AEP-East companies based on their Member 

Load Ratio (MLR) and, therefore, will NOT affect the respective companies’ capacity 

position in the AEP Pool. 

Executive S~unmaiy-6 I&M 201 1 



Figure 3 
AEP-East Resource Plan to Meet PJMResewe Margin Requirements 

AEP-East Capacity Portfolio 

Planning 
Year 

2011112 
2012 113 
2013 114 
2014 115 
2015 116 
2016 117 
2017 118 
2018 I19 
2019 120 
2020 121 
2021 122 
2022 123 
2023 124 
2024 125 
2025 126 
2026 127 
2027 128 
2028 129 
2029 130 
2030 131 
2031 132 

!xisting Capacity (MW) (a: 

Wirements Adjustments 

(10) 
(560) 

35 

New Capacity (MW) 

Renewable Renewable 
:Nameplate) 1 (b) 1 

117 
120 
232 
21 5 
150 
150 
117 
100 
27 1 
100 
100 
200 
21 

20 580 
21 
38 
32 
20 602 
20 
20 
13 
40 
13 
13 
26 
8 

2,236 

100 13 550 
50 7 

550 

562 
2,043 301 5,080 

DWEEIINT 
(MW 

DWEE 

123 
199 
302 
570 
823 

1,100 
1,365 
1,478 
1,617 
1,765 
1,870 
1,955 
2,026 
2,080 
2,130 
2.142 
2,142 
2,140 
2,142 
2,142 
2,142 
2,142 

:)(dl 

Contracted 
nterrupti ble 

519 
519 
519 
519 
519 
51 9 
51 9 
519 
519 
519 
519 
51 9 
51 9 
519 
519 
519 
519 
51 9 
51 9 
51 9 
519 
51 9 

Market 
Purchases 

(MW) 

0 
0 
0 

1,776 
1,643 
843 
757 
823 
888 
885 

1,052 
1.158 
1,230 
1,718 

0 
0 
0 
0 
0 
0 
0 

:a) Not shown are smaller unit derates and uprates (CIOMW) which are embedded in the current plan and are largely offsetting. 

(b) Capacity mlue in PJM is initially set at 13% of nameplate for wind and 38% of nameplate for solar 
(c) Energy Efficiency (EE) represents 'known & measurable', commission-approved program actiiity now projected by 

(d) Demand Response (DR) represents demand response curtailment programs and tariffs 

Retirements are shown in the calendar year in which they occur. 

AEP-Economic Forecasting in the most recent load forecast 

Executive Sum~nary-7 I&M 201 1 



Figure 4 
AEP-East PJM Capacity Position 
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This IRP provides for reliable electric utility service, at reasonable cost, tlirougli a 

Combination of traditional supply, market (purchased power) options, renewable supply 

and demand side programs. I&M and AEP-East will provide for adequate capacity 

resources to serve tlieir customers' peak demand and required PJM reserve margin needs 

tkougliout the forecast period. 

Conclusion 

This IRP is being presented at a time of great uncertainty with regard to the future 

status of I&M's relationship to the other AEP-East generating companies. The AEP Pool 

construct, which has been in place siiice 195 1 (with modifications ,over time) will likely 

be modified, or potentially terminated, by 2014 or sooner. The final outcome of pending 

Executive S~unmary-8 I&M 201 1 



environmental regulations may require a significaiit level of capacity retirements in a 

relatively short period of time. The final outcome of this uncertainty makes it a challenge 

to commit to large capital investments in new generating capacity iii the near teim. Over 

tlie next six to twelve months, environmental rules will be finalized and AEP Pool 

negotiatioiis will be underway, and that may provide a higher level of certainty with 

regard to actions the Company should embrace. Uiitil that certainty is realized, the 

Company’s plan is to maintain optionality and flexibility in meeting the requirements of 

its customers. 

Therefore, in this IRP, future market purchases for AEP-East over this 20-year 

forecast period ideally represent initial “placeholders” for such iiicremental capacity 

resource needs. It is tlie Company’s intent to continually investigate and analyze the 

economic merits of future opportunities to build or acquire “owned-resources” in lieu of 

market purchases to ensure greater (local) electrical reliability and price certainty for its 

customers. However, it should be coiisidered that in tlie PJM region, most load serving 

entities (LSE) receive capacity through tlie market construct lmown as the Reliability 

Pricing Model (RPM) auction process. So while the concept of relying on the market may 

not be the approach chosen by the AEP-East operating companies, it is an accepted 

practice for many utilities in the region. 

The IRP process is a continuous activity; assumptions and plans are continually 

reviewed as new information becomes available and modified as appropriate. hideed, the 

capacity and energy resource plan reported herein reflects, to a large extent, assumptions 

that are subject to change; it is simply a snapshot of the future at this time. This IRP is not 

a coinmitment to a specific course of action, as the future is highly uncertain. In light of 
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the current ecoiiomic conditions and the movement towards increasing use of renewable 

generation and end-use energy efficiency, as well as luiown and proposed environmental 

iulemalting to further control fossil plant emissions which could result in the retirement, 

conversion, or retrofit of existing generating units, supply of capacity and energy to I&M 

will contiiiue to be impacted. The resource planning process is becoming iiicreasiiigly 

complex when considering pending legislative and regulatoiy restrictions, teclxiology 

advancement, changing energy supply pricing fhidamentals, uncertainty of demand and 

energy efficiency advancements. These complexities necessitate the need for flexibility 

and adaptability in any ongoing planning activity and resource planning processes. 

Lastly, the ability to invest in extremely capital-intensive generation infrastructure is 

increasingly challenged in light of cumelit economic conditions and the impact of all 

these factors on I&M customers will be a primary consideration in this report. 
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1) SYNOPSIS 
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1. Synopsis 

A. Overview 

I&M serves 586,000 customers in Indiana and Michigan, including 458,000 in 

eastem and north central Indiana. I&M also sells and transmits power at wholesale to 

other electric utilities, municipalities, electric cooperatives, and noli-utility entities 

engaged in the wholesale power market. Its headquarters is in Fort Wayiie, witli exteiiial 

affairs offices in Indianapolis and Lansing, Michigan. 

I&M maintains over 5,300 miles of transmission lines, iiicludiiig 615 miles of 765 

1V lines - part of the extensive American Electric Power (AEP) network considered by 

many to be the backbone of the eastern U.S. transmission grid. I&M also operates over 

20,000 miles of distribution lines and approximately 6,000 megawatts (MW2 of nominal 

generation. The Company operates two coal-fired generation plants, Roclport and 

Tamers Creek; Michigan’s largest nuclear facility, Cook Plant; and six hydroelectric 

generating stations along the St. Joseph River - two in Indiana and four in Michigan. 

Includes AEP Generating Company’s (AEG) share of Rockport 1310 M W .  
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The AEP System 

This Integrated Resource Plan (IRP) presents tlie electrical load forecast for I&M 

for the period 2011-2031, a resource analysis covering tlie period 2012-2031, and the 

resulting plan for I&M. The plan includes descriptioiis of assumptions, study parameters, 

methodologies, and consideration of both supply-side resources and demand-side 

management (DSM) programs. 

As illustrated throughout the chapters of this report, I&M’s resources, including 

its transmission system, are adequate. 

B. Process 

The planning process comprises several steps, including a forecast of load, 

consideration of reliability criteria, assessment of cull-eiit resources, review of existing, 

and potential supply-side and demand-side resources, and a selection of an optimal plan, 

iiicluding risk assessment. To I&M’s benefit, this process is cai-ried out by various work 

groups drawing upon diverse laowledge and various areas of expertise. Many internal 

working groups have contributed to the I&M plan, led by a core multidisciplinary team 

with a combined total of 134 years of experience in IRP analysis. Additionally, these 
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fuiictional groups were assisted by several outside coiisultiiig orgaiiizatioiis, bringing an 

Team 

Area of Exaertise 

Ovcrvicw-Supply/Dcmand 

Resourcc Planning Development 

Supply-Dcmand and Otlicr Factor Intcgration 

Dcmand-Sidc Managcrncnt 

Environincnt Coinpliancc 

Transmission Planning 

TRP Prqjcct Coordinator 

Strotegist@ Optimization Modeling 

Encrgy & Dcmand Forccasting 

independent view to I&M’s plan. 

Years of IRP 
ExDertise* 

8 

4 

35 

28 

5 

26 

20 

4 

1 

Core Indiana 1R 

Member 

Scott Wcavcr 

John Torpey 

Jon MacLcan 

Mark Beclter 

William Castlc 

Randy Holliday 

John McManus 

Kamran Ali 

Brian West 

*Thcsc ycars arc th 

Current Job  Title 

Managing Dircctor - Resourcc Planning & Opcrational Analysis 

Director - Integrated Resource Planning 

Managcr - Rcsourcc Planning 

Manager - Resource Planning Modeling 

Dircctor - Rcsourcc & DSM Planning 

Staff Economist 

VP-Environmcntal Scrviccs 

Managcr Transmission Planning 

Regulatory Casc Manager 

ycars of IRP cxpcrtisc, not ncccssarily thc total ycars of scrvicc by I 

The current IRP was scrutinized using a number of sensitivity tests and I&M is 

confident that the plan will provide substantial guidance regardless of what scenarios may 

unfold. Several scenarios were analyzed for tlie purposes of this report. Scenario and 

sensitivity analysis is described in several areas of the 2011 report. See Chapter 3G, 

Forecast Uncertainty and Range of Forecasts, as it pertains to Energy and Demand 

Forecasts; and Chapter 8 for a discussion of commodity pricing scenarios as well as 

Chapter 8D and Chapter 8E for a discussion on Risk and Sensitivity analysis. 

The Company continues to use proprietary data and programs in its IRP process. 

To highlight a few examples, tlie Company uses: 

0 Strategist@ to optimize its plan and alternatives and risk assessment, and 

0 PROMOD IVO and PCI GENTRADERO for short and long-teim productioii cost 
simulations, and 

0 A U I ” O Y Z I ~ ~ ,  for portfolio risk simulation analysis. 

Generally, these are industry accepted, often proprietary, software inodeliiig tools. 
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Additionally, in Chapter 3 various models and data sources are utilized such as ARIMA 

models (see Chapter 3C) and SAE models (also Chapter 3C) as well as Moody’s 

Analytics and DOE data. 

The Company uses consultants and industry sources when deemed appropriate. 

For example, assumptions incorporated in the DSM analysis stem from the Indiana 

Market Potential Study perfoiined by Forefront Economics and the Assessment of 

Achievable Potential @om Energy Eficiency and Demand Response Program in the 

US., authored by tlie Electric Power Research Institute (EPRI). These, or similar, studies 

provide targeted, credible data necessaiy to inform critical assumptions. 

C. Supply-side Assessment 

In the planning process several major drivers impact I&M’s supply-side resources, 

namely: 

0 The age of the fossil-fueled generation fleet; 

0 the impact of final and proposed future United States Environmental Protection 
Agency (EPA) regulations, State legislated renewable portfolio standards (RPS) or 
voluntaiy Clean Energy initiatives; and 

0 the current mix of capacity which relies heavily on baseload generathg assets. 

I&M’s requirements are iiifluenced by tlie terms of tlie AEP pool agreement (see 

Chapter 2A and Chapter 5B). This IRP tentatively states that I&M will not add any 

major new baseload generation during the 2012-203 1 forecast period. However, I&M 

will see an increase in both its DSM and renewable (Wind) programs as I&M continues 

to comply with mandatory, and coiifoim with voluntary alternativehenewable resource 

requirements. As a result, even with the proposed retirements of Tanners Creek 1-3, 

I&M will not need to add any additional traditional capacity until late in the forecast 
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period. The IRP does require that I&M add a 562 MW (summer rating) natural gas 

combined cycle (NGCC) when Tamers Creek 4 is retired. Exhibit 8-10 shows that I&M 

lias positive reserve margins tlvougli tlie end of tlie forecast period. 

D. Environmental 

I&M lias developed an IRP that not oiily allows the Company to meet future 

resource needs in a reliable and cost effective manner, but also one that considers final 

and proposed environmental i-ulemalcing and tlie impacts to existing as well as planned 

facilities. 

Because I&M’s installed generation is nearly 40 percent nuclear, I&M and its 

customers have less risk exposure to environmental challenges that may threaten otlier 

EGUs. I&M has already implemented a number of pollution control projects to minimize 

the residual environmental effects of solid and hazardous waste at its facilities and to 

comply with existing and former air emission regulations, sucli as witli the Title IV acid 

rain and the NOx SIP Call programs. 

Even with reduced risk exposure I&M faces a variety of environmental 

compliance challenges with the finalized CSAPR, the New Source Review (NSR) 

Consent Decree and the proposed EGU MACT iule. In addition, I&M will face 

regulations surrounding changes to power plant cooling water iiitaltes, tlie requirements 

for handling and storage of coal combustion residuals, and potential regulations related to 

GHG emissions. Moving into tlie future, I&M will continue to meet these environmental 

compliance challenges 

E. Transmission 

I&M operates in ReliabilityFirst Corporation (RFC), a Regional Entity of the 
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North American Electric Reliability Corporation (NERC). 

Source: Iittp://www.ner-c. coin/regionaV 

On October 1 , 2004, tlie AEP System-East Zone became part of the PJM Regional 

Transmission Organization (RTO) and began participating in the PJM energy market. 

I&M transmission, part of the AEP integrated transmission system, together with 

the transmission systems of other PJM members, is planned on a regional basis via PJM’s 

Regional Transmission Expansion Plan (RTEP) process. AEP’s transmission planning 

activities are carried out as part of and support the RTEP process. Through this planning 

process, I&M’s transmission enhancements are coordinated with the expansion of the 

transmission system for the entire PJM footprint thereby contiiiuiiig to ensure a reliable 

transmission system for meeting I&M’s load demand. Also, the Joint Operating 
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Agreement between PJM aiid the Midwest Independent System Operator (Midwest ISO) 

provides for j oiiit trammission planning with Midwest ISO, whose membership includes 

other utilities in Indiana. 

F. Demand Side Management (DSM)3 

I&M’s current and hture DSM plans are largely shaped by the Commission’s 

December 9, 2009 Phase I1 Order in Cause No. 42693 (the “Phase I1 Order”). This IRP 

includes energy efficiency programs designed to comply with that order. Also, this IRP 

validates the cost-effectiveness of energy efficiency and other demand-side programs 

iiicluding emerging smart grid technologies and demand response programs. 

In addition to coiisumer energy efficiency programs, I&M continues to offer a 

variety of customer tariffs with demand response features, namely, a diverse selection of 

time-of-day rate options aiid other conservation-related programs including interruptible 

tariffs that allow customers to achieve savings through more efficient use of electricity or 

when the system will benefit from reduced peak demand. I&M evaluates additional 

tariffs for potential offering to customers on an ongoing basis. 

hi accordance with the Settlement Agreement approved by the Commission on 

June 13, 2007 in Cause No. 4323 1 , I&M implemented and completed a smart meter pilot 

in South Bend, IN as part of its gridSMARTO program. The results of the pilot were 

mixed and as a result, increased or substantial investment in smart meters will be 

deferred. However, emerging smart grid technologies such as Integrated Volt VaR 

Dcmand Side Managcment (DSM) refers to utility activities designcd primarily to cncouragc C O I I S U ~ C ~ S  to modify pattcrns of thcir 
electricity usage, including the timing and level of electricity demand. This includes Dcmand Response @R) offerings that reduce 
peak demand (kW) and Energy Efficiency (EE) programs that encourage energy (kW11) conservation. 
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Coiitrol (IVVC) continue to be evaluated. 

Reflective of tlie Company’s comnitment to sustainability and environmental 

responsibility, this IRP fully includes the impacts of the Phase I1 Order, emerging smart 

grid technologies, and demand response programs in Indiana. Greater detail is provided 

iii Chapters 4 and 10. 

G. Major Assumptions 

AEP load forecasts specifically account for energy efficiency impacts, such as 

those included in the Energy Policy Act of 2005 (EPAct 2005), the Energy Independence 

and Security Act of 2007 (EISA), the Energy Improvement and Extension Act of 2008 

(EIEA) and tlie American Recovery and Reinvestment Act of 2009 (ARRA). 

Tlie most dominant issue in tlie short-teim load forecast is the economy. While 

the national recession has technically ended, the economy has remained sluggisli. The 

expectations are that tlie economy will continue to expand, but at rates slower than have 

been experienced historically coming out of a recession. The Company continually 

monitiors the economy at the national and regional levels. As part of this process, tlie 

Company utilizes not only Moody’s Analytics, but other public and confidential sources, 

e.g., the Company has discussions with representatives of its customer’s to gauge future 

electric needs. 

I&M, as with any producer of carbon dioxide (COz), will be significantly affected 

by any greenhouse gas (GHG) legislation. For many years, the potential for requirements 

to reduce greenhouse gas emissions, including C02, has been one of the most significant 

sustainability issues facing I&M and AEP. 

EPA is poised to propose first-ever GHG requirements for power plants as early 
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as tlie end of this year. Given that there are currently no cost-effective post-combustion 

control tecluiologies available, the standards are anticipated to focus on energy efficiency 

oppoi-twiities, but the substantive requirements of tlie EPA proposal are not yet kuowii. 

AEP supports a legislative approach to resolve the GHG issue rather than a regulatoiy 

approach. Without this certainty, it is impossible to justify expenditures in the billions of 

dollars in GHG mitigation strategies that miglit otherwise put tlie company and its 

shareholders at risk. Such legislation appears unlikely in this Congress and diminished 

somewhat 111 future Congresses. 

For this IRP cycle, the impact of GHG legislation is modeled as a simple carbon 

dioxide price or tax on solid fuels and as a part of the price of natural gas. This carbon 

tax is projected to take effect in the 2017-2022 time frame. 

I13 recognition of current and possible future state renewable portfolio standards 

(RPS), and as a method of reducing GHG emissions, this IRP reflects achievement of 

state renewable mandates and confoixnance with voluntary state goals. 

The resource plan developed for I&M assumes that I&M and tlie AEP System- 

East Zone remain responsible for tlie generation supply of their retail customers. 

H. Cross-Reference Table 

The following cross-reference table provides a link between the 170 IAC i-ule and 

this plan. 

Tlxoughout tlie plan, specific sections that respond to specific requirements of the 

i-ule are highlighted in tlie subheadings, with tlie relevant ruling section identified 

immediately following the subheading. I&M hopes this system will be helpful in linking 
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key plan elements to the iule. 
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2. Objectives and Process 

A. Introduction 

The AEP Service Corporation provides management, technical, and financial 

services to the operating companies. I&M’s parent company, American Electric Power 

(AEP), serves a population of about 7.2 million customers (3.2 million retail customers) 

in a 41,000 square-mile area in paits of Arkansas, Indiana, Kentucky Louisiana, 

Michigan, Ohio, Oklahoma, Tennessee, Texas, Virginia aiid West Virginia. AEP is 

based in Columbus, Ohio. In 20 10 the residential, commercial, and industrial customers 

accounted for 30.7%, 23.2%, and 33.0%, respectively, of AEP-East total internal energy 

requirements of 125,381 GWh. The remaining 13.1% was supplied for use in the public 

street and highway lighting, sales-for-resale, and all other categories. 

I&M is one of five operating companies of the AEP System-East Zone for which 

generation assets are currently planned and operated on an integrated basis under the 

FERC-approved AEP Interconnection Agreement (“LA,” “Intercoimection Agreemeiit” or 

“AEP Pool”.) AEP has seven East Zone operating companies, but two do not include 

generation resources. This Interconnection Agreement provides for mutual assistance 

during emergencies, maximum dependability in the day-to-day production of the electric 

power requirements of all AEP customers, and maximum economies of scale. The AEP 

System-West Zone includes portions of Texas, Louisiana, Ollalioma aiid Arkansas. 

On December 17, 2010, pursuant to Article 13 of the Interconnection Agreement, 

each of the AEP Pool members gave wiitten notice to the other members, and to 

American Electric Power Service Corporation (“AEPSC”), the AEP Pool’s agent, of its 
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intent to modify tlie Intercoimectioii Agreement, effective January 1 , 2014 or such other 

date as approved by FERC4. Because the IA is a rate schedule 011 file at FERC, its 

modification will not be effective until accepted for filing by FERC. 

The Interim Allowance Agreement among tlie AEP companies (c'IAA'y), which 

was most recently modified in 1996 and deals witli sulfur dioxide (SOz) emissions and 

allowances, would be terminated. Eiivironmental regulations have expanded beyond 

those covered by the IAA. For example, tlie IAA does not cover the allowance program 

established for emissions of nitrogen oxides (NOx). In addition, evolving environmental 

regulations will likely require unit-specific, rather than system-widey solutions. 

By giving notice to modify, aiid possibly teiminate, the IA and terminate tlie IAA, 

the AEP Pool members are providing a framework and timeline within which all 

interested stalteholders have an opportuiiity to participate in the determination of how the 

AEP-East operating companies should operate prospectively. This process has already 

begun in several states, for example I&M lias engaged with several stalceholders iii 

Indiana aiid Michigan. Other AEP Pool members have made similar contacts with 

stalceliolders in tlieir respective state jurisdictions. 

Assuming this AEP Pool niodificatiodtermination notice is not revoked or 

significantly modified, by 20 14, I&My s resource planning relatioiisliip with the other 

AEP-East companies could take one of a number of plausible forms. Rather than plan for 

eveiy potential outcome, which would not be particularly efficient or beneficial, I&M lias 

4 The timing of the modification or termination of the IA may be affected by the Stipulation pending before 
the Public Utilities Commission of Ohio in (Case Nos. 11-346-EL-SSO and 11-348-EL-SSO), which, if 
approved, would require the generating assets in Ohio to be placed in a separate corporation and result in 
the filing at the FERC to be made in early 2012. 
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analyzed two potential conditions. First, an integrated resource plan (IRP or “Plan”) for 

I&M as a stand-alone entity beginning in 2014 has been created. A second plan with 

I&M as part of tlie AEP-East Pool in its existing construct has also been considered, 

however, the AEP Pool plan yields the same resource additions for I&M as the No AEP 

Pool plan. 

This IRP document neither pre-supposes the AEP Pool/Stand-Alone end-state, nor 

does it make any recommendation regarding AEP-East company relationships in a “post- 

AEP Pool’’ world. Rather, it merely presents a plan for I&M to meet its obligations under 

the two potential governance scenarios outlined above. 

This IRP is being presented at a time of great uncertainty with regard to the future 

status of I&M’s relationship to the other AEP-East generating companies. The AEP Pool 

construct, which has been in place since 195 1 (with modifications over time) will likely 

be modified by 2014. The final outcome of pending environmental regulations may 

require a significant level of capacity retirements in a relatively short period of time. 

Over the next thee to six months, proposed environmental rules will be finalized and 

AEP Pool negotiations will be undeiway, and that may provide a higher level of certainty 

with regard to actions the Company should embrace. Until that certainty is realized, the 

Company’s plan is to maintain optionality and flexibility in meeting tlie requirements of 

its customers. 

Therefore, in this Plan, future market purchases (for AEP-East) over this 20-year 

forecast period ideally represent initial “placeholders” for such incremental capacity 

resource needs. It is the Company’s intent to continually investigate and analyze the 

economic merits of future opportunities to build (or acquire) “owned-resources” in lieu of 
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sucli purchases to eiisure greater (local) electrical reliability and price certainty for its 

customers. However, it should be considered that in tlie PJM region, most load serving 

entities (LSE) receive capacity through the market construct known as the Reliability 

Pricing Model (RPM) auction process. So while the concept of relying on the market may 

not be tlie approach chosen by tlie AEP-East operating companies, it is an accepted 

practice for many utilities in the region. 

The IRP process is a coiitiiiuous activity; assumptions and plans are coiltinually 

reviewed as new iiifoi-matioii becomes available and modified as appropriate. Indeed, the 

capacity and energy resource plan reported herein reflects, to a large extent, assumptions 

that are subject to change; it is simply a snapshot of the hture at this time. This IRP is 

not a commitment to a specific course of action, as the hture is highly uncertain. In light 

of the cunent economic conditions and the movement towards the increased use of 

renewable generation and end-use efficiency, as well as lcnown and proposed 

environmental rulemaling to further control fossil plant eniissions which will likely 

result in tlie retirement, conversion or retrofit of existing generating units, supply of 

capacity and energy to I&M will continue to be impacted. The resource planning process 

is becoming increasingly complex given such pending legislative and regulatory 

restrictions, teclmology advancement, changing energy supply pricing fimdamentals, 

uncertainty of demand and energy efficiency advancements all of which necessitate 

flexibility in any ongoing planning activity and processes. Lastly, the ability to invest in 

extremely capital-intensive generation infrastructure is increasingly challenged in light of 

cunent economic conditions and the impact of all these factors on I&M customers will be 

a primaiy consideration in this report. 
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Exliibit 8-10 and Exhibit 8-11 show that both I&M and AEP-East, under their 

recommended plans, are anticipated to meet their reserve margin requirements over the 

forecast period. 

B. Objectives 

The purpose of this report is to present I&M’s IRP process and the resulting plan. 

The resulting plan (The Plan) is intended to provide the lowest reasonable cost of power 

to I&M’s customers while meeting environmental and reliability constraints. The Plan 

should be both flexible and robust, so the need to make changes is minimized. 

C. Assumptions 

1. Environmental 

This IRP considers final and proposed future United States Environmental 

Protection Agency (EPA) regulations, as described in Chapter 6, which will impact 

fossil-fueled electric generating units (EGU). 

The EPA has issued final rulemalung to replace the foirner Clean Air Interstate 

Rule (CAIR) for the regulation of SO2 and NOx which had previously been remanded by 

the federal courts. The EPA issued the CSAPR to establish state-specific emission 

budgets for SO2 and both annual and seasonal (May-September) NOx with a two-phase 

emission reduction beginning in 2012. Further, the federal EPA proposed the EGU 

Maximum Achievable Control Teclmology (MACT) rule in March 201 1 to replace the 

court vacated Clean Air Mercuiy Rule (CAMR). EGU MACT will regulate emissions of 

hazardous air pollutants (HAPS) such as mercury, arsenic, chromium, nickel, certain acid 

gases and organic HAP compounds and is expected to be finalized in November 2011 

with full implementation in 2015. The EPA is also expected to propose first-ever 
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requirements regulating GHG emissions later this year, but the substance of those 

requirements is not luiown. Combined, the CSAPR, MACT d e ,  and other impending 

federal air regulatory programs will require significant emission reductions from all U. S. 

coal and lignite-fired units. Emission reductions will be achieved beginning in 2012 as a 

result of unit retirements, unit curtailments, and installation of emission control 

technologies, including flue gas desulphurization (FGD) or dry sorbent injectioii (DSI), 

selective catalytic reduction (SCR), activated carbon injection (ACI), and fabric filter 

systems. In the AEP-East states, these new and proposed emission reduction programs 

will accelerate planned environmental retrofit projects and will drive unit curtailments 

beginning in 20 12. 

In addition, a new rule on the handling and disposal of coal combustion residuals 

(CCR) is being developed by the EPA, which, as proposed, would require significant 

additional capital investment in the coal-fired EGU to convert “wet” ash and bottom ash 

disposal equipment and systems-including attendant landfills and ponds-to “&y” 

systems and in addition build waste-water treatment facilities to process plant 

groundwater i-un-off before discharge. The EPA is developing regulations with respect to 

the intake of cooling water and discharge of wastewater, which also has the potential to 

require significant capital investment for compliance. 

The cumulative cost of complying with these final and proposed environmental 

rules will be highly burdensome to I&M, the AEP-East operating companies, and their 

customers. Such requirements will also accelerate proposed retirement dates of any 

currently non-retrofitted coal unit in the AEP-East fleet as established within this 2011 

IRP, as discussed in Chapter 5. 
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2. Customer Base 

This repoi-t assumes that both the I&M and AEP System-East Zone customer 

bases remain relatively stable, for the duration of the planning period. 

3. “Market vs. Build” Considerations 

In addition to the fhdarneiital capacity pricing information in the modeling 

(discussed below), available information suggests that capacity reserve margins-inclusive 

of cui-rent and anticipated merchant capacity-will decline to the point that new assets will 

have to be built within the next decade in the PJM area that includes the AEP System- 

East Zone. 

The need for new capacity will increase as the impact from final and proposed 

EPA legislation, as mentioned in Chapter 6, is experienced and accelerated unit 

retirements occur as a result. 

D. Reliability Criteria (170 IAC 4-7-4(9), & 4(15)) 

On October 1, 2004, the AEP System-East Zone transfeired functional control of 

its transnlission facilities as well as generation dispatch iiicluding the transmission and 

generation facilities owned by I&M, to PJM (the Comission approved this action by 

order dated September 10, 2003 in consolidated Cause Nos. 42350 and 42352). With 

that, the P JM Reliability Assurance Agreement defines the requirements sui-rouiiding 

vaiious reliability criteria, including measuring and ensuring capacity adequacy. In that 

regard, each Load Serving Entity (LSE) in PJM is required to provide an amount of 

capacity resources determined by PJM based on several factors, including PJM’s 

Installed Reseive Margin (IRM) requirement. This requirement is itself based on the 

amount of resources needed to maintain, among other things, a loss-of-load expectation 
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of oiie day iii teii years. Additionally, load diversity between each LSE and PJM as a 

whole and generating asset equivalent forced outage rates represent other factors 

impacting the LSEs’ required minimum reseive levels. 

The PJM RTO determines generation planning reserve requirements using 

probabilistic methods and a target loss of load criterion of one day in teii years. The 

method is similar to that historically used by I&M. PJM determines an installed capacity 

margin that has to be met by each of its members. This is coiiverted into PJM Unforced 

Capacity (UCAP) requirements. However, for ease of understanding, the requirement is 

expressed in this report in tei-ms of installed capacity. 

A required PJM IRM of 15.3% was used as the starting point for the plan. 

However, the AEP System-East Zone’s actual reserve margin requirement is closer to 

12%. This stems from the diversity between the AEP System-East Zone peak and the 

PJM RTO peak. Historically, the AEP System-East Zone has expeiieiiced about 3% 

diversity against PJM peaks aiid as a result the AEP SystemEast Zoiie’s capacity 

obligation is rouglily 3% lower, when described iii teiins of the zonal peak, than it would 

be if described in terms of the peak coiiicident with PJM. 

Although the current plan contains a changing mix of capacity through time, it 

also contains uiicertainty surrounding the long-term forecast. As a result, the AEP 

System-East Zone IRM has held steady at 15.3% for the remainder of the forecast peiiod. 

However, it is important to note that PJM can revise the IRM airnually as required, aiid as 

a result AEPSC will adjust the future IRM estimates accordingly. 

h Februaiy 2007, AEPSC, as agent for the AEP System-East Zone LSEs, gave 

fonnal notice of its intent to opt-out of the initial PJM “Reliability Pricing Model” (RPM) 
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capacity auction and, instead, meet its capacity resource obligation tlxougli participation 

in the optional, FERC-authorized “Fixed Resource Requirement” (FRR) construct. FRR 

requires AEP to set forth its hture AEP System -East Zone capacity resource plan under, 

essentially, a “self-planning” format. This is an approach that would, however, initially 

not give AEP access to those generating sources offered into the PJM capacity auction, 

but rather would allow AEP to be fi-ee to plan for and build (or buy) the required 

generating capacity that would best fit the needs of its customers - such capacity 

purchases being limited by rule to either non-PJM generation sources, or PJM generation 

sources not clearedpiclced-up within the RPM auction process. 

AEP has opted out of the RPM capacity auction tlxougli the 2014/15 deliveiy 

year, for which the auction was held in May 201 1 and will determine for each subsequent 

year whether to continue to utilize FRR for an additional year or to opt-in to the RPM 

auction for a minimum five-year period. 

E. Planning Process 

The resource planning process includes the following basic steps: 

1. Load Forecasting (Ener-gy and Demand) - Development of energy and peak 

demand pro forma estimates for customers for which I&M has-or anticipates- a lmown 

regulatoiy obligation to sewe, as well as an estimation of wholesale customer load and 

demand profiles intended to optimize available generation. 

2. Reliability Analysis / Reserve Criteria - Consideration of RTO andor zonal 

requirements concerning sufficiency of (long-term) capacity planning reserves. 

3. Review / Assessment of Current Resources - Broadly construed, this involves 

consideration of any physical or economic factor - including eiiviromental compliance 
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requirements - that may affect future use of cull-eat generation. 

4. Deterinination of Adequacy of Czment Resources / Need .for Additional 

Resources - Matching existing and cull-ently plaivled resources against total 

requirements (load plus reserve requirements), to determine projected shortfalls / needs. 

5. IdentiJication of Capacity Resource Options - Coiisideration of various resource 

options: supply-side and demand-side resources including self-build; market purchase; 

asset purchases; available teclmology options; demand response tariffs; energy efficiency 

programs; etc. 

6. Deterinination of Optiinal Resource Mix and Timing - Consideration of the 

timing and optimal resource mix for new supply and demand resources within the 

plaming period under various modeling assuinptioiis. 

7. Implementation Considerations - Consideration of corporate ability to 

implement tlie plan, as well as siting and other practical considerations. 

Given the diverse and far-reaching nature of the many elements and participants 

in this process, it is imperative to emphasize that this is a continuously evolviiig activity. 

In general, assumptions and plans are continually reviewed and modified as new 

infomation becomes available, and therefore are subject to change. Such analysis is 

needed to ensure that changing markets, market stixctures, technical parameters, 

reliability and environmental requirements are constantly re-assessed to balance tlie 

interests of all stakeholders: customers, regulators, and shareholders. 

1. Planning Organization 

This report presents results based on input received from many functional areas 

coordinated by AEPSC Corporate Planning & Budgeting (CP&B) Department. The areas 
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individually investigated were: 

Existing Unit Disposition - examination of the physical and financial attributes and 

focused evaluations sui-rounding potential disposition options for cei-tain existing 

generating units. 

New Generation/Technology Review - assessment of generation technologies 

considered for modeling, includiiig renewables; as well as optimal unit siting and 

technology options. 

Capacity, Load/Demand, Reserves - determination of load and demand profiles 

(retail and wholesale) to be modeled, existing unit capability modifications needed, as 

well as zonal (capacity) reliability requirements; and initial “baseline” planning 

resei-ve margin profiles. 

Transnzission Integration Review - review of physical transmission constraints 

relating to cui-rent power and energy iipoi-t/export capabilities that would impact the 

IRP, as well as a review of the associated relative transmission infrasti-ucture impacts 

and costs. 

Demand Side Management - evaluations of potential cost-effective Demand Side 

Management (DSM) programs. 

Renewable Resource Evaluation - evaluatioiis of potential cost-effective Renewable 

Resource programs that will aid in the achievement of state-mandated or voluntaiy 

renewable energy targets. 

Resource Planning (Rp) Modeling - modeling of the least-cost “type and timing” of 

capacity resources to meet reliability and environmental coinpliance requirements at 

or near the lowest reasonable cost. 

Finance and Regulatory Planning Modeling - modeling of the corporate financial 

impacts of the IRP strategy in conjunction with other anticipated financial 

requirements. 
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3)ENERGUAND DEMAND FORECAST 
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3. Energy and Demand Forecast 

A. Summary of Load Forecast 

1. Forecast Assumptions 

The I&M load forecast in this report is based on an economic outlook issued in 

October 2010 by Moody’s Analytics. The forecast is based on load experience prior to 

2011. Moody’s Analytics projects moderate growth in the U.S. economy during the 

201 1-203 1 forecast period, characterized by moderate inflation and a 2.4% average 

annual rise in real Gross Domestic Product (GDP), with the consuiiier price index 

expected to rise by 2.2% per year. bidustrial output, as measured by the Federal Reserve 

Board’s index of industrial production, is projected to grow at 1.1% per year during tlie 

same period. Moody’s Analytics also created the regional economic forecasts. The 

outlook for I&M’s Indiana service area projects employment growth of 0.4% per year 

during 201 1-203 1, with real regional income per-capita growth of 1.5%. 

Inherelit in the load forecasts are the impacts of past customer energy 

conservation activities, includiiig company-sponsored DSM programs already 

implemented. The load impacts of future or expanded DSM programs are analyzed and 

projected separately, and appropriate adjustments applied to the load forecasts, as 

discussed in Chapter 4 of this report. 

The load forecast does incorporate end-use coiicepts in its residential and 

commercial forecasts, which enables tlie evaluation of energy efficiency standards aiid 

other energy conservation trends. 

2. Forecast Highlights 

I&M’s total internal energy requirements are forecasted to increase at an average 
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annual rate of 0.3% from 2012 to 2031, this is slightly lower thaii tlie 0.4% forecasted for 

the AEP System-East Zone as a wliole. For the Indiana poi-tion of the Company's service 

area, the annual growth rate is expected to be 0.2%. I&M's corresponding summer and 

winter peak iiitemal demands are forecasted to grow at average annual rates of 0.4% and 

0.2%, respectively, with annual peak demand expected to continue to occur iii tlie 

summer season tlu-ougli 203 1. 

B. Overview of Load Forecasting Methodology 

I&M's load forecasts are based mostly on econometric, supplemented witli state- 

of-the-ai-t statistically adjusted end-use, analyses of time-series data - producing an 

internally consistent forecast. This consistency is enhanced by model logic expressed in 

mathematical teims and quantifiable forecast assumptioiis. This is helpful when 

analyzing future scenarios and developing confidence bands. Additionally, econometric 

analysis lends itself to objective model verification by using standard statistical criteria. 

This is particularly helpful because it allows apples-to-apples comparisons of different 

companies and forecast periods. 

IC11 practice, econometric analysis highlights alternatives in forecastiiig models that 

may not be immediately obvious to the layperson. Likewise, professional judgment is 

required to interpret statistical criteria that are not always clear-cut. I&M's aiialysts 

strive to interpret this data to produce as useful and as accurate a forecast as possible. 

hi pursuit of that goal, I&M's energy requirements forecast is derived from two 

sets of econometric models: 1) a set of monthly short-teim models and 2) a set of long- 

teim models, with some using monthly data and others using annual data. This procedure 

permits easier adaptation of the forecast to the various short- and long-term plaiming 
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pui-poses that it selves. 

For the first full year of the forecast, the forecast values are generally goveined by tlie 
short-teiin models, using billed or metered energy sales. Tlie long-teim sales are 
deteiinined by tlie long-teim models using billed sales. 

8 Tlie short- and long-term forecasts are usually blended during the first six moiiths of 
the second full year of the forecast. Tlie blending ensures a smooth transition from 
the short-term to the long-term forecast. 

For those long-teim forecasts that are quarterly, a monthly load shape is applied to 

the forecast based on analysis from the short-term models. The blended sales forecasts 

are coiivei-ted to billed and accrued energy sales, which are consistent with tlie energy 

generated. 

In both sets of models, tlie major energy classes are aiialyzed separately. Iiiputs 

such as regional and national economic conditions and demographics, eiiergy prices, 

weather factors, special information such as lmown plans of specific major customers, 

and informed judgment are all used in producing the forecasts. The major difference 

between the two is that the short-teiin models use mostly trend, seasonal, and weather 

variables, while the long-term models use structural variables, such as population, 

income, employment, energy prices, and weather factors, as well as trends. Supporting 

forecasting models are used to predict some inputs to the long-term energy models. For 

example, natural gas models are used to predict sectoral natural gas prices that then serve 

as inputs. 

Either directly, through national economic inputs to tlie forecast models, or 

indirectly, through inputs fiom supporting models, I&M’s load forecasts are influenced 

by the outlook for the national economy. For the load forecasts reported herein, Moody’s 

Analytics’ October 2010 forecast was used as the basis for that outlook. Moody’s 

Analytics’ regional forecast, which is consistent with its national economic forecast, was 
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used for the regional economic forecast of income, employnient, households, output, and 

population. 

Company energy efficiency and demand side management program goals are 

included in the load forecast. The incremental impacts discussed in section 4, Demand 

Side Management. The impacts are subtracted from the blended sales forecast by 

revenue class. 

The energy forecast for the AEP System-East Zone, by customer class, is 

obtained by summing tlie forecasts, by customer class, of each of the AEP System-East 

Zone operating companies. The same method is used to deteiinine the forecast of peak 

internal demand and adjusting for diversity. 

The demand forecast model is a series of algorithms for allocating the monthly 

net internal energy to hourly demand. The inputs into forecasting hourly demand are 

intei-nal energy, weather, 24-hour load profiles and calendar infoimation. Flow charts 

depicting the structure of the models used in projecting electric load requirements are 

shown in Exhibits 3-1 and 3-2. Page 1 of Exhibit 3-1 depicts tlie development stages of 

all intei-nal energy requirements forecasts. Pages 2 through 9 of Exhibit 3-1 provide the 

stages of the Statistically Adjusted End-Use Models for the residential and cornmercial 

sectors. Exhibit 3-2 presents a schematic of the peak demand and iiiteiual eiiergy 

requirements forecasting process. Displays of model equations, including the results of 

various statistical tests, along with data sets, are provided in the Appendix and in Exhibits 

5 and 6 of tlie Confidential Supplement. Due to the voluminous nature of the model 

outputs, only model results for energy sales in the Indiana service area and peak demand 

for tlie Company are provided. 
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C. Forecasting Methodology For Internal Energy Requirements 
(170 IAC 4-7-4(5) and 170 IAC 4-7-5(a)) 

1. General 

This section provides a detailed description of the short-term and long-teim 

models employed in producing tlie forecasts of Indiana energy consumption, by customer 

class. For the purposes of the load forecast, tlie short teiin is defined as the first one to 

two years, and the long term as the years beyond tlie shoi-t term. 

Conceptually, the difference between short and long teiin energy consumption 

relates to changes in tlie stock of electricity-using equipment, rather than tlie passage of 

time. Tlie sliort teiin covers tlie period during wliicli changes are minimal, and the long 

term covers tlie period during wliicli changes can be significant. In tlie short term, 

electric energy consumption is considered to be a hiiction of an essentially fixed stock of 

equipment. For residential and commercial customers, the most significant factor 

influencing tlie short term is weather. For industrial customers, economic forces that 

determine inventoiy levels and factory orders also iiiflueiice short-teiin utilization rates. 

The short-teiin models recognize these relationships aiid use weather aiid recent load 

growth trends as tlie primaiy variables iii forecasting moiitlily energy sales. 

Over time, demographic and economic factors such as population, employment, 

iiicome, and teclmology deteimine tlie nature of the stock of electricity-using equipment, 

both in size and composition. Loiig-teim forecasting models recognize tlie importance of 

these variables and include most of tliem in tlie foiinulation of long-teim energy 

forecasts. 

Relative energy prices also have an impact on electricity consumption. One 
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important difference between the short-term and long-teiin forecasting models is their 

treatment of energy prices, which are only included in long-term forecasts. This 

approach makes sense because altliougli consumers may suffer sticker shock from energy 

price fluctuations, there is little they call do to impact them in the short-term. They 

already own a refrigerator, furnace or industrial equipment that may not be the most 

energy-efficient model available. In the long tenn, however, these constraints are 

lessened as durable equipment is replaced and as price expectations come to fully reflect 

price changes. 

2. Short-term Forecasting Models 

The goal of I&M's short-term forecasting models is to produce an accurate load 

forecast for the first full year. To that end, the short-term forecasting models generally 

employ a combination of monthly and seasonal binaries, time trends, and monthly 

heating and cooling degree-days. The heating and cooling degree-days are measured at 

weather stations in the service area. The forecasts relied on autoregressive integrated 

moving average (ARIMA) models. 

The estimation period for the short-term models was January 2000 through 

October 2010. 

a. Residential and Commercial Energy Sales 

Residential and commercial energy sales are developed using ARIMA models to 

forecast usage per customer and number of customers. The usage models relate usage to 

lagged usage, lagged error tei-ms, heating and cooling degree-days and binary variables. 

The customer models relate customers to lagged customers, lagged error terms and binaiy 

variables. The energy sales forecasts are a product of the usage and customer forecasts. 
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b. Industrial Energy Sales 

Short-term industrial energy sales are forecast separately for 10 large industrial 

customers in Indiana and for the remainder of industrial energy customers as a unit. 

These 11 short-term industrial energy sales models relate energy sales to lagged energy 

sales, lagged error terms and binaiy variables. The industrial models are estimated using 

ARIMA models. The short-term industrial energy sales forecast is a sum of the forecasts 

for the 10 large industrial customers and the forecast for the remainder of the industrial 

customers. 

c. All Other Energy Sales 

The "all other" energy sales categoiy includes public street and highway lighting, 

municipals, cooperative (Wabash Valley Power Association) and the Indiana Municipal 

Power Association (IMPA). The Indiana municipal customers reflected in the forecast 

include Auburn, Avilla, Blufftou, Garrett, Mishawalta, New Carlisle and Warren. 

Auburn is forecasted separately and the remainder of the municipals are forecasted in 

aggregate. 

Both the other retail and niunicipal models are estimated using ARIMA models. 

I&M's short-teim forecasting model for public street and highway lighting energy sales 

includes binaries, and lagged energy sales. The sales-for-resale models include binaries, 

heating and cooling degree- days, lagged error terms and lagged energy sales. 

3. Long-term Forecasting Models 
(170 IAC 4-7-4(2) (D) and (E), and 170 IAC 4-7-5(b) (1) through (6)) 

The goal of the long-teim forecasting models is to produce a reasonable load 

outlook. ' Given that goal, the long-term forecasting models, which were separately 

estimated for the Indiana and Michigan service areas, employ a full range of structural 

- 3-8 - I&M 201 1 



economic aiid demographic variables, electricity aiid natural gas prices, weather as 

measured by annual beating and cooling degree-days, and biliary variables to produce 

load forecasts conditioned on the outlook for tlie U.S. economy, for the I&M service-area 

economy, aiid for relative energy prices. 

Most of tlie explaiiatoiy variables enter the long-teim forecasting models in a 

straiglitforward, untraiisfoiined maimer. In the case of energy prices, however, it is 

assumed, consistent witli economic tlieoiy, that the consumption of electricity responds to 

changes in the price of electricity or substitute fuels witli a lag, rather than 

instantaneously. This lag occurs for reasons having to do with the technical feasibility of 

quicldy changing tlie level of electricity use even after its relative price has changed, or 

with the widely accepted belief that coiisumers make their consumption decisions on tlie 

basis of expected prices, wliich may be perceived as hictions of both past and current 

prices. 

There are several techniques, including the use of lagged price or a moving 

average of piice, wliicli can be used to introduce the concept of lagged response to price 

change into an econometric model. Each of these techniques incorporates price 

information fiom previous periods to estimate demand in the current period. 

The estimation period for the long-tern1 load forecasting models was 1984-20 10. 

The long-term energy sales forecast is developed by blending tlie second full year of the 

short-term forecast with the long-tern1 forecast. The energy sales forecast is developed 

by inalcing a billedunbilled adjustment to derive billed and accrued values, which are 

consistent with montlily generation. 
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a. Natural Gas Price Forecast 

In order to produce forecasts of certain independent variables used in the long- 

term iiiteinal energy requirements forecasting models, a supporting forecast was 

developed, i.e., a natural gas price forecast for the Company's seivice area. 

The forecast price of natural gas used in I&M's energy models comes from a 

forecast of state natural gas prices for four primary consuming sectors: residential, 

commercial, industrial and electric utilities. The forecast of sectoral prices was assumed 

to have tlie same growth as the U.S. sectoral prices. The U.S. natural gas price forecasts 

were obtained from U.S. DOE/EIA's 2010 Annual Energy Outlook. 

b. Residential Energy Sales 

Residential energy sales are forecasted using two models, the first of which 

projects the iiuniber of residential customers and the second of which projects 1cWi usage 

per customer. The residential energy sales forecast is calculated as the product of the 

coix-espoiiding customer count and usage forecasts. 

e. Residential Customer Forecasts 

The long-teim residential customer forecasting model is linear and moiitlily. The 

model for the Indiana service area is depicted as follows: 

customers = f (gi~ossregionalproductpescapita, mortgagerwte, customers-, 

The mortgage interest rate provides a measure for household foimation, while 

service area real gross regional product per capita provides a measure of economic 

growth in the region, which will also affect customer growth. The lagged dependent 

vaiiable captures the adjustment of customer growth to changes in the economy. There 
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are also binary variables to capture moatlily variations in customers, unusual data points 

and special OccuiTences. 

The customer forecast is blended with the short-teiin residential customer forecast 

to produce a final forecast. 

d. Residential Energy Usage Per Customer 

The residential usage model is estimated using a Statistically Adjusted End-Use 

Model (SAE), which was developed by Itron, a consulting film with expertise in energy 

modeling. This niodel assumes that use will fall into one of three categories: heat, cool 

and other. The SAE model constructs variables to be used in an econometric equation 

like the following: 

Use = f (Xheat,Xcool,Xother) 

The Xheat variable is derived by multiplying a heating index variable by a heating 

use variable. The heating index incorporates information about heating equipment 

saturation; heating equipment efficiency standards and trends; and thermal integrity and 

size of homes. The heating use variable is derived from infoimation related to billing 

days, heating degree-days, household size, personal income, gas prices, and electricity 

prices. 

The Xcool variable is derived by multiplying a cooling index variable by a 

cooling use variable. The cooling index incorporates information about cooling 

equipment saturation; cooling equipment efficiency standards and trends; and thermal 

integrity and size of homes. The cooling use variable is derived from infomation related 

to billing days, heating degree- days, household size, personal income, gas prices, and 
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electricity prices. 

The Xother variable estimates the lion-weather sensitive sales and is similar to the 

Xlieat and Xcool variables. This variable incorporates information 011 appliance and 

equipment saturation levels; average number of days in the billing cycle each month; 

average household size; real personal income, gas prices, and electricity prices. 

The appliance saturations are based on historical trends from I&M’s residential 

customer survey. The saturation forecasts are based on DOE forecasts and analysis by 

Itron. The efficiency trends are based 011 U.S. Department of Energy (DOE) forecasts 

and Itroii analysis. The thermal integrity and size of homes are for the East North Central 

Census Regioii and are based on DOE and Itron data. 

The number of billing days is from internal data. Economic and demographic 

forecasts are from Moody’s Analytics and the electricity price forecast is developed 

iiit eiiiall y . 

The SAE model is estimated using a linear regression model. It is a monthly 

model for the period January 1990 through September 20 10. This model incorporates the 

effects of the Eiiergy Policy Act of 2005 (EPAct), the Energy hdepeiideiice and Security 

Act of 2007 (EISA), America11 Recoveiy and Reinvestment Act of 2009 (ARRA) and 

Eiiergy Improvement and Extension Act of 2008 (EIEA) 011 the residential energy. 

The long-teim residential energy sales forecast is derived by multiplying the 

“blended” customer forecast by the usage forecast from the SAE model. 

e. Commercial Energy Sales 

Long-teim commercial energy sales are forecast using a SAE model. This model 

is similar to the residential SAE model. The functional model is as follows: 
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Energy = f (Xheat, Xcool, Xother) 

As with the residential model, Xlieat is determined by multiplying a heating index 

by a heat use variable. The variables incorporate iiifoimation on heating degree-days, 

heating equipment saturation, heating equipment operating efficiencies, square footage, 

average number of days in a billing cycle, commercial output and electricity price. 

The Xcool variable uses measures similar to the Xheat variable, except it uses 

information on cooling degree-days and cooling equipment, rather than those items 

related to heating load. 

The Xother variable measures the noli-weather sensitive commercial load. It uses 

noli-weather sensitive equipment saturations and efficiencies, as well as billing days, 

commercial output and electricity price information. 

The saturation, square footage and efficiencies are from the Ikon base of DOE 

data and forecasts. The saturations and related items are from DOE’S 2010 Annzial 

Energy Outlook. The 

commercial output measure is real commercial gross regional product from Moody’s 

Analytics. The equipment stock and square footage infoimation are for the East North 

Central Census Region. 

Billing days and electricity prices are developed intewally. 

The SAE is a linear regression for the period January 1996 tlxougli September 

2010. As with the residential SAl3 model, the effects of the EPAct, EISA, ARRA and 

EIEA are captured in this model. 

f. Industrial Energy Sales 

Industrial energy sales are estimated using a quarterly model, which is depicted as 
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follows: 

Energy = f (electricityprice, grpmnnufncturing , employment) 

Service area employment and the service area gross regional product for 

manufacturing are used as measures of manufacturing activity in the region. Real 

electricity price for industrial customers is used as I&M’s own piice measure. In addition 

binary variables are used for special occui-rences. 

g. All Other Energy Sales 

The all other energy sales category is comprised of public street and highway 

lighting (PSHL) and sales-for-resale. 

The PSHL forecast is a quarterly model driven by regional commercial 

employment, which is a measure of economic expansion in the region and tlie need for 

additional lighting. 

The wholesale customers forecast is the same as for the short 1x11 models. These 

models are monthly and have the follow structure: 

energy = f (employment, population, output, price, heating, cooling) 

Each model is driven by the Company’s Indiana seilrice area employment, 

population or gross regional product, which are used as measures of economic growth in 

the region. Average real electric price for I&M Indiana wholesale customers is use to 

estimate the effects of price on sales. Heating and cooling degree-days are used to 

capture the sensitivity to weather of tlie energy sales. 
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4. Blending Short-term and Long-term Forecast Results 

Forecast values for 201 1 are generally taken from the short-term process. 

Forecast values for 2012 are obtained by blending the results from the short-teim and 

long-term models. The blending process combines the results of the shoi-t-term and long- 

term models by assigning weights to each result and systematically chaiigiiig the weights 

so that by the end of 2012 the entire forecast is from the long-term models. This blending 

allows for a smooth traiisition between the two separate processes, miiiiinizing the impact 

of any differences in the results. 

5. Billed/Unbilled and Losses 

a. Billed/Unbilled Analysis 

Unbilled energy sales are forecast using the same methodology that is used by the 

Compaiiy to compute actual unbilled sales each month as part of its closiiig process. The 

Company starts with the projected moiithly inteinal energy requirements forecast, 

subtracts the forecasted billed sales and estimate for line losses to derive the forecasted 

net unbilled sales. 

b. Losses and Unaccounted-For Energy 

Energy is lost in the transmission and distribution of the product. This loss of 

eiiergy from the source of production to consumption at the premise is measured as the 

average ratio of all FERC revenue class eiiergy sales measured at the premise meter to 

the net inteinal energy requirements metered at the source. In modeling, loss study 

results are incorporated to apply losses to each revenue class. 

D. Forecasting Methodology for Seasonal Peak Internal Demand 
(170 LAC 4-7-4(5) and 4-7-5 (a)) 

The demand forecast model is a series of algorithms for allocating the monthly 
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blended FERC revenue class sales to hourly demand. The inputs into forecasting hourly 

demand are blended FERC revenue class sales, energy loss multipliers, weather, 24-hour 

load profiles and calendar infoimation. 

The weather profiles are developed from representative weather stations in the 

service area. Twelve monthly profiles of average daily temperature that best represent 

the cooling and heating degree-days of the specific geography are taken from the last 30 

years of historical values. The consistency of these profiles ensures tlie appropriate 

diversity of the company loads. 

The 24-hour load profiles are developed from historical hourly company or 

jurisdictional load and end-use or revenue class hourly load profiles. The load profiles 

were developed from segregating, indexing and averaging hourly profiles by season, day 

types (weekend, midweek and MondayBriday) and average daily temperature ranges. 

The end-use and class profiles were obtained from Iron, h c .  Energy Forecasting load 

shape library and modeled to represent each company or jurisdiction service area. 

In forecasting, the weather profiles and calendars dictate which profile to apply 

and the sales plus losses results dictate tlie volume of energy under the profile. In tlie 

end, the profiles are beiichmarlced to the aggregate energy and seasonal peaks through the 

adjustments to the hourly load duration curves of the annual 8,760 hourly values. These 

8,760 hourly values per year are the forecast load of the individual companies of AEP 

that can be aggregated by hour to represent load across the spectrum from end-use or 

revenue classes to total for AEP companies in a RTO or total AEP System. Net internal 

energy requirements are the sum of these hourly values to a total company energy need 

basis. Company peak demand is the maximum of the hourly values from a stated period 
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(month, seasoii or year). 

E. Base Load Forecast Results (170 IAC 4-7-5(a) (3) and (6) and (7) (A-C)) 

Exhibit 3-3 presents I&M's aimual inteinal eiiergy requiremeiits forecasted for the 

years 201 1-203 1 , and on actual requirements from the years 2001-201 1 (with 201 1 being 

part history aiid part forecast). The requirements are separated by major categoiy 

(residential commercial, industrial and other inteiiial sales, as well as system losses). The 

exhibit also shows the average amiual growth rates for both the historical aiid forecast 

periods. Exhibits 3-4 and 3-5 present the corresponding information for I&M's Indiana 

and Michigan service areas, respectively. Also, Exhibit 3-6 provides a disaggregation of 

the forecasted "other iiiteival sales" figures shown 011 Exhibits 3-3 to 3-5. 

For the AEP System-East Zone, iiifoiinatioii on actual and forecasted aimual 

internal energy requirements is giveii on Exhibit 3-7. 

Exhibits 3-8 and 3-9 show, for I&M and tlie AEP System-East Zone, 

respectively, actual and forecasted suimer, winter and amiual peak demands, along with 

aimual total inteival energy requirements. Also shown are the associated growth rates 

and annual load factors. The forecasts provided in Exhibits 3-3 through 3-9 reflect after 

the effects of filed demand-side management programs. 

F. Impact of Conservation and Demand-Side Management 

The impact of past and ongoing customer coiiseivation aiid load management 

activities, including DSM programs, is embedded in the historical record of electricity 

use aiid, in that sense, is intrinsically reflected in the load forecast. The load impacts of 

potential expanded DSM installations are analyzed separately and subtracted from the 

blended sales forecast. That analysis will be provided in Chapter 4 of this report. 
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G. Forecast Uncertainty and Range of Forecasts (170 IAC 4-7-4(6) and 170 IAC 4- 
7-5(b) (2) and (b) (3)) 

Even though load forecasts are created individually for each of the operating 

companies iii the AEP System-East Zone, and aggregated to form tlie AEP System-East 

Zone total, forecast uncertainty is of primary interest at the System level, rather than tlie 

operating compaiiy level. Thus, regardless of how forecast uiicertainty is characterized, 

the analysis begins with AEP System-East Zone load. 

Among the ways to characterize forecast uncertainty are: (1) tlie establishment of 

confidence intervals with a given percentage of possible outcomes, and (2) the 

development of liigli- and low-case scenarios that demonstrate the response of forecasted 

load to changes in driving-force variables. I&M continues to support both approaches. 

However, this repoi-t uses scenarios for capacity planning sensitivity analyses. 

The first step in producing high- and low-case scenarios was the estimation of an 

aggregated "inini-model'' of AEP System-East Zone internal energy requirements. This 

approach was deemed more feasible tliaii attempting to calculate high and low cases for 

each of the many equatioiis used to produce tlie load forecasts for all operating 

companies. The mini-model is intended to represent the full forecasting sti-ucture 

employed in producing the base-case forecast for the AEP System-East Zone and, by 

association, for the Company. The dependent variable is total AEP System-East Zone 

iiiteinal energy requirements, excluding sales to tlie two aluminum reduction plants in the 

AEP System-East Zone service area. This aluminum load is a large and volatile 

component of total load, which is treated judgmentally, iiot analytically, in the load 

forecast. It is simply added back to the alteinative forecasts produced by the mini-model 

to create low- and high-case scenarios for total inteinal energy requirements. The 
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independent variables are real service area gross regional product (GRP), AEP Systein- 

East Zone service-area employment, the average real price of electricity to all AEP 

System-East Zone customer classes, the average real price of natural gas in the seven 

states sewed by AEP System-East Zone, and AEP System-East Zone service-area 

heating and cooling degree-days. All vai-iables are expressed in logarithms. Acceptance 

of this particular specification was based on the usual statistical tests of goodness-of-fit, 

on the reasonableness of the elasticity's derived from the estimation, and on a rough 

agreement between the model's load prediction and that produced by the disaggregated 

modeling approach followed in producing the base load forecast. 

Once a base-case energy forecast had been produced with the mini-model, low 

and high values for the independent variables were deteimined. The values finally 

decided upon reflected professional judgment. The low- and high-case growth rates in 

real GRP for the forecast period were 0.9% and 2.2% per year, respectively, compared to 

1.6% for the base case. The low- aiid high-case growth rates for AEP-East Zone region 

total employmeiit were 0.1% and 0.9% per year, respectively, compared to 0.5% per year 

for the base case. For the real price of natural gas, the low case assumed a growth rate of 

1.6% per year, and the high case assumed a growth rate of 0.9% per year. These compare 

to a base-case growth rate of 1.2% for the average real gas price in the seven states sewed 

in tlie AEP System-East Zone. Real electricity piice high and low cases assumed 

average annual growth rates of 1.0% and 0.5%, respectively. Meaiiwliile, the base case 

for real electricity price assumed an average amiual growth of 0.8%. Variatioiis in 

weather were not considered; so the value of heating and cooliiig degree-days remained 

the same in all cases. 
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The low-case, base-case and high-case forecasts of summer and winter peak 

demands and total iiiteiiial energy requirements for the AEP System-East Zone aiid I&M 

are tabulated in Exhibits 3-10 and 3-1 1, respectively. Graphical displays of tlie range of 

forecasts of inteiiial energy requirements aiid summer peak demand for tlie AEP System- 

East Zone aiid I&M are shown in Exhibits 3-12 aiid 3-13. 

For AEP System-East Zone, tlie low-case and high-case energy and peak demand 

forecasts for the last forecast year, 203 1 , represent deviations of about 7% below and 7% 

above, respectively, the base-case forecast (with the corresponding I&M forecast 

showing about the same percentage deviation). In this regard, the low-case and high-case 

growth rates in summer peak internal demand for tlie forecast period were 0.1% and 0.7% 

per year, respectively, compared to 0.4% per year for the base case. 

H. Performance of Past Load Forecasts (170 IAC 4-7-4(5)) 

These exhibits reflect the uncertainty inherent in the forecasting process, and 

demonstrate tlie changing perceptions of the future. 

The performance of the Company's past load forecasts is reflected in Exhibit 3-14, 

which displays, in graphical form, annual internal energy requirements and summer peak 

demands experienced since 1990, along with tlie corresponding forecasts made in 200 1 , 

2003, 2005, 2007, 2009 and 201 1 (the current forecast). Exhibit 3-15 presents tlie same 

information for the AEP System-East Zone. 

I. Weather-Normalization of Load (170 IAC 4-7-5(a) (4) and (5)) 

Exhibit 3- 16 compares the recorded (i.e., actual) and weather-normalized summer 

and winter peak iiitemal demands aiid annual internal energy requirements for both I&M 

and the AEP System-East Zone, respectively, for the last ten years, 2001-2010. 
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Peak noiinalization is a fundamental process of evaluating aimual or monthly 

peaks over time, without tlie impact of "abnormal" weather eveiits and load curtailnieiit 

events. The limited number of ti-ue annual or monthly peaks over time makes it difficult 

to use traditional regression analysis. So, a regression model is used to determine 

statistical relationships among a set of daily observatioiis that are siinilar to 

amual/moiitlily peaks aiid weather conditions. Any load curtailinelit or significant 

outage events are added back to the daily observations. The peak normalization demand 

model is replicated iiumerous times in a Monte Carlo (stochastic) simulation model. This 

approach derives probability distributions for both tlie dependent variable (peal) and 

independent variables (weather). Multiple estimates for peak are obtained over time, that 

ultimately produce a weather iioimalized peak. 

Similarly, for each year, the weather-normalized inteinal energy requirements 

were deteimiiied by applying, to each month of the year, an adjustment related to heating 

or cooling degree-days, as appropriate, to each sector of the recorded inteinal eiiergy 

requirements. The adjustment for each sector was obtained as the product of (1) the 

difference between the service area's expected (or 'hoimal") heating or cooling-degree- 

days for the moiitli and the actual heating or cooling degree-days for that month and (2) a 

weather-sensitivity factor (in MWli per heating or cooling degree-day), which was 

estimated by regressing over the past years monthly sectoral energy requirements against 

heating or cooling degree-days for the month. The noiinalized monthly eiiergy 

requirements thus deteiinined for each sector were then added for all sectors across all 

twelve months to obtain the net total weather-normalized energy requirements for the 

year. 

- 3-21 - I&M 201 1 



J. Historical and Projected Load Profiles 
(170 IAC 4-7-4(2) (A), 170 IAC 4-7-5(a) (1) (A), (B), (C) and (D), 170 BAC 4-7-5(a) 
(2) and (9)) 

Exhibits 3-1 7 to 3-21 display various liistorical and forecasted load profiles 

pertinent to tlie plaimiiig process. Exhibit 3-17 shows profiles of monthly peak internal 

demands for tlie AEP SystemEast Zone aiid I&M on an actual basis for tlie years 2001 

and 2006, aiid as forecasted for 2011 (includes actual data through August), 2021 aiid 

2031. Exhibit 3-18 shows, for the winter-peak month and surmner-peak month for the 

years 2005 and 2010, respectively, the AEiP System’s-East Zone average daily interiial 

load shape for eacli day of tlie week, along with the peal-day load shape. Exhibit 3-19 

shows tlie coi-responding daily internal load shapes for I&M. 

Exhibit 3-20 displays, for tlie forecast years 201 1 aiid 2021, AEP System’s-East 

Zone daily internal load shapes for a siinulated week in tlie winter-peak month (Jaiiuaiy) 

and summer-peak month (August). In both cases, a weekday is assunied to represent the 

day of tlie moiithly (aiid seasonal) peak. Such load shapes were developed for use in 

integrated resource plaiming analyses. The coi-responding profiles for I&M are displayed 

in Exhibit 3-2 1. 

AEP maiiitaiiis an on-going load research program consisting of samples of eacli 

major rate class in each jurisdiction. Exhibit 3-22 displays I&M’s Iiidiaiia jurisdictioii 

residential, commercial and industrial customer class summer aiid winter 20 10 load shape 

iiifoimation derived from tliese samples. 

K. Data Sources (170 IAC 4-7-4 (1)) 

The data used in developing tlie I&M load forecast coine from both interiial and 

external sources. 
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The exteiiial sources are varied and include state and federal agencies, as well as 

Moody’s Analytics. Exhibit 3-23 identifies tlie data series and associated sources, along 

with notes 011 adjustments made to tlie data before incorporation into the load forecast. 

L. Changes in Forecasting Methodology 

Opportunities to enhance forecasting methods are explored by I&M/AEP 

continuing basis. The forecasts reported herein reflect a limited number of changes 

methodology implemented during tlie last two years. 

M. Load-Related Customer Surveys (170 IAC 4-7-4(2) and 170 IAC 4-7-4(3)) 

on a 

t i  tlie 

A residential customer survey was last conducted in tlie winter of 2010 in which 

data on end-use appliance penetration and end-use saturation rates were obtained. 

Beginning in 1980, in inteivals of approximately thee  years, the Company has regularly 

suiveyed residential customers to monitor customers’ demographic characteristics, 

appliance ownership, penetration of new energy use products and services, and 

conseivation efforts. 

The Company has no proposed schedule for industrial and/or commercial 

customer surveys to obtain end-use information in the near future. I&M monitors its 

industrial and commercial (and residential) customer end-use consumption patterns 

through its ongoing load research program. 

N. Load Research Class Interval Usage Estimation Methodology (170 IAC 4-7- 
4(2)(A) and 170 IAC 4-7-5(9)) 

This section describes the methodology used to estimate load usage by customer 

class. 

AEP is a participating ’ member of the Association of Edisoii Illuminating 

Companies (AEIC) Load Research Committee, was a significant contributor to tlie AEIC 
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Load Research Manual, and uses the procedures set forth in that manual as a guide for 

load research practices. AEP maintains an on-going load research program in each retail 

rate jurisdiction which enables class hourly usage estimates to be derived from actually 

metered period data for each rate class for each hour of each day. The use of actual 

period metered data results in the effective capture of weather events and economic 

factors in the representation of historical usage. 

For each rate class in which customer maximum demand is normally less than 1 

MW, a statistical random sample is designed and selected to provide at least 10% 

precision at the 90% confidence level at times of coinpaiiy monthly peak demand. hi the 

sample design process, billing usage for each customer in the class is utilized in 

conjunction with any available class iiiteival data to determine the optimal stratified 

sample design using the Dalenius-Hodges stratification procedure. Neymaii Allocation is 

used to determine the necessary number of sample customers in each stratum. All active 

customers with the requisite data available in the rate class population are included in the 

sample selection process, which uses a random systematic process to select primary 

sample points and backup sample points for each primary point. 

For selected sample sites that reside within an AMI area, the inteival data is extracted 

from the Meter Data Management System and imported into the ITRON MV90 System. 

For selected sample sites that reside outside of an AMI area, each location undergoes 

field review and subsequent installation of an interval data recorder. The recorder is 

normally set to record usage in fifteen minute intervals. For rate classes in which 

customer maximum demand is normally 1 MW or greater, each customer in the class is 

interval metered, and these are referred to as 100% sampled classes. The inteival data is 
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retrieved at least montlily, validated tlirough use of the ITRON MV90 System, edited or 

estimated as necessary, and stored for analytical purposes. Tlie status of each sample 

point undergoes on-going review and backup sample points replace primaiy sample 

points as facilities close, change significant parameters such as rate class, or become 

unable to provide required infoiinatioii due to safety considerations. This on-going 

sample maintenance process ensures reasonable sample results are continuously 

available, and samples are periodically refreshed tlxougli a completely new sample 

design and selection process to capture new building stock and when necessary to capture 

rate class structure changes. 

Prior to analysis, as an additional verification that all interval data is correct, 

interval data for each customer is summed on a billing month basis aiid tlie resulting total 

energy and maximum demand are conipared to billing quantities. Any significant 

discrepancies between the interval data aiid tlie billing quantities are further investigated 

and corrected, as needed. Rate class analysis is then performed tlxough the MV90 Load 

Research Package. This indusby accepted program combines the individual customer 

hourly data for each sample point in each stratum, weights the stratum results according 

to the original sample design parameters, and combines the weighted stratum results into 

class level results. Tlie analysis provides hourly load estimates at both the stratum and 

class levels, and standard summary statistics, including non-coincident .peaks, coincident 

peaks, coincidence factors, and load factors, at the class, stratum, and sample point levels. 

The resulting class hourly load estimates are examined througli various graphical 

approaches, tlie summary statistics are reviewed for consistency across time, and the 

monthly sample class energy results are compared against billed and booked billed and 
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accrued values. Any anomalies are iiivestigated, and a rate class analysis may be re- 

worked if the iiivestigatioii shows that is necessary. mien  analysis and review of all rate 

classes is completed, losses are applied to tlie hourly rate class estimates, tlie class values 

are aggregated, aiid the resulting total estimate is compared to the company hourly load 

derived Groin tlie system interchange and generation metering. Any significant 

differences between the customer level load research derived numbers and the system 

level numbers are investigated, and class results may be re-analyzed, if necessary. 

Rate classes are often comprised of combinations of commercial and industrial 

customers. Separate commercial and industrial hourly load estimates are developed after 

rate class analysis is completed. Monthly billing usage for each commercial and 

industrial customer is acquired from the customer information system and is imported 

into the Kema Load Research Analysis System, along with the sample point interval data 

available from the rate class random and 100% samples. The sample interval data is 

post-stratified and weighted to represent the commercial and industrial class populations, 

and total class hourly load estimates are developed. Losses are then applied to the 

resulting commercial and industrial class estimates, the values are combined with the 

residential class hourly load estimates from the rate class analysis, the class values are 

aggregated, and the resulting total estimate is compared to tlie company hourly load 

derived from the system interchange and generation metering. Any significant 

differences between the load research derived numbers and the system level numbers are 

investigated, and class results may be re-analyzed, if necessary. Final residential, 

commercial, and industrial class hourly load estimates are provided to the forecasting 

organization for use in the long-term forecasting and planning process. 
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0. Customer Self-Generation (170 U C  4-7-4(4)) 

On May 18, 2005, I&M’s net metering program became effective for residential 

and school customers operating small, renewable-resource generation facilities. Through 

2010, 37 customers have signed up for this program. 

However, customer self-generation (including co-generation) historically has been 

minimal in tlie I&M service territory. For a variety of reasons, including tlie price of 

electricity, I&M customers generally have not found self-generation to be cost effective. 

The underlying factors that limit self-generation are not expected to significantly change 

in the future and, therefore, customer self-generation did not affect projected load during 

tlie forecast period. 
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4. Demand Side Management (170 IAC 4-7-6(a) (7); 4-7-6(b); 4-7-7(b) through (f)) 

A. Introduction 

I&M currently offers a variety of conservation and demand-side management 

(DSM) programs designed to eiicourage customers to become more aware of their 

consumption levels, use electricity efficiently, coiisei-ve energy, and use appropriately 

inceiitivized, cost-effective electro-technologies. The load impacts of these programs are 

embedded iii I&M’s actual load experience and its load forecast. 

Prior to 2007, various factors, primarily low avoided costs for energy and 

demand, resulted in I&M offering a variety of DSM-related tariffs only. I&M’s robust 

reserve of relatively low cost capacity created challenges in the justification and 

promotion of cost-effective demand-side management and energy efficiency programs. 

As discussed in Chapter 3, the characteristics of tlie current and projected I&M 

customer load are different today than they were in the past. Although significant gains 

in end-use efficiency Iiave been achieved froin government standards, changes in the 

marketplace, and customer choices and behavior, a depressed economy and the 

governments’ stimulus activity has recently intensified tlie focus and desire for energy 

efficiency. A lieiglitened sensitivity of environmental issues and tlie desire for all things 

“green” have also escalated in recent years. As a result, in 2007, I&M proposed to 

implement energy efficiency programs that would promote and incent the purchase and 

installation of more efficient end-use electro-teclmologies that would help customers 

reduce their consumption. Through settlement efforts and approval from the Commission, 

I&M, as a member of tlie Program Implementation Oversight Board, implemented seven 

tliird-party designed energy efficiency programs during 20 IO. In compliance with the 
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Commission’s Phase I1 Generic Order, Cause 42693, issued on December 9, 2009, I&M 

next developed a Three Year DSM Plan, Cause 43959, which coiitaiiied Core aiid Core 

Plus Program offeriiigs aimed at meeting and/or exceeding tlie energy savings goals set 

fortli in the Generic Order. This plan was approved on April 27, 201 1. Concui-rent to 

I&M’s initiatioii of energy efficiency programs since 2007, as discussed in Chapter l.F. 

and in Chapter 4.E.1, AEP embarked on a system-wide project, referred to as 

gridSMARTO. The gridSMART effort, which includes I&M’s portfolio of eiiergy 

efficiency programs, aims to create a holistic corporate-wide approach to incorporating 

teclmology, in part, to achieve iiicreased efficiency in utility operations and to further 

develop poteiitial DSM offerings to customers. I&M’s existing energy efficiency 

programs are currently marketed under the gridSMARTO umbrella and Core Plus 

Programs will be marketed in the same manner. 

B. Current DSM Programs 

I&M lias seven eiiergy efficiency programs implemented, five of which are Core 

Programs (or similar to Core Programs). The remaining two are Core Plus Programs. 

Core Programs will be traiisitioned to the Tliird Party Administrator for implementation 

in January, 2012 oii a statewide basis as directed in tlie Phase I1 Generic Order. The two 

Core Plus Programs will coiitinue to be implemented by I&M as part of tlie Three Year 

DSM Plan Core Plus portfolio. The seven programs currently implemented iiiclude 

Residential Rebates (Ligliting), Residential Low & Moderate Income Weatherization, 

Residential Home Energy Audit (audits, direct installs, and weatherizatioii), Energy 

Efficient Schools (education & take home kits), C&I Prescriptive, Residential Appliance 

Recycliiig, and C&I Custom. A listing of tlie eigliteeii programs contained in I&M’s 
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Tliree Year DSM Plan is provided in tlie Short Term-Action Plan section of tliis report. 

C. I&M Demand Side Management Status 

In both I&M’s Indiana and Michigan jurisdictions, annual energy efficiency 

targets have been mandated (Enrolled Senate Bill 213 - Michigan, Cause No. 42693 

Phase I1 Order - Indiana). The Michigan requirement, which took effect in late 2008 

seelts to achieve 10.55% of installed energy savings by 2020 while the Indiana 

requirement, which began in 20 10, seelts to achieve 1 1.9% installed energy efficiency by 

20 19. This plan reflects compliance with those mandates. 

To that end, this plan reflects current program impacts as well as impacts from as 

yet undefined future programs. Impacts are inodeled based on load shapes that best 

replicate currelit and likely future programs. Prospective program composition is 

extrapolated from the current mix of programs and measures. The ultimate mix of 

Indiana programs will be determined through the collaborative process of the I&M 

Program Implementation Oversight Board, tlie DSM Coordination Committee, the State- 

wide Third Party Administrator and tlie Commission. 

To achieve the goals, a mix of traditional consumer programs and smart grid 

technologies will likely be necessary and both are considered in tliis 1R.P. AEP remains 

inteiiially committed to install measures designed to achieve system-wide peak demand 

reductions of 1,000 MW and energy reductions of 2,250 GVCrL.1 by year-end 2012. Since 

2008 and through tlie second quarter of 201 1 , over 500 MW and 1,320 GWh of EE and 

DR have been installed on tlie AEP-East System. It is expected that I&M Indiana will 

achieve 51 MW and 265 GWli, from 2008 -2012. 
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D. Program Types 

1. Consumer Programs 

Energy efficiency measures save money for customers billed on a “per kilowatt- 

hour” usage basis. The trade-off is the reduced utility bill for any up-front investment in a 

building/appliaiice/equipment modification, upgrade, or new teclmology. If the coiisunier 

feels that the new technology is a viable substitute and will pay him or lier back in tlie 

form of ‘reduced bills over an acceptable period, he or she will adopt it. 

EE measures include efficient ligliting, weatherization, efficient pumps and motors, 

efficient HVAC infrastructure, and efficient appliances, most commonly. Often, multiple 

measures are bundled into a single program that might be offered to either residential or 

commercialhdustrial customers. I 

EE measures will, in all cases, reduce the amount of energy consumed, but some 

measures may have limited effectiveness at the time of peak demand. EE is viewed as a 

readily deployable, relatively low cost, and clean energy resource that provides many 

benefits. According to a March 2007 DOE study such benefits include: 

Economics 

Environment 

Reduced energy intensity provides competitive advantage and frees 

economic resources for investment in non-energy goods and services 

Saving energy reduces air pollutioii, the degradation of natural resources, 

risks to public health aiid global climate change 

Infrastructure 

Security 

I I I 

Lower demand lessens constraints aiid congestion on the electric 

transmission and distribution systems 

EE can lessen our vulnerability to events that cut off energy supplies 

Numerous studies have been published which quantify the amount of available 
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“cost-effective” EE. Typically, and for the purposes of this IRP, this has meant measures 

that pass the “total resource cost” (TRC) test, meaning that the measure “pays for itself’ 

in energy and capacity savings, regardless of whether or not its cost may be subsidized by 

Study 

EPRl 2009 (National) 
Forefront Economics 2008 (I&M Indiana) 
McKinsey & Company 2009 (National) 
MEAA Residential 2006 - (Michigan)’ 
MEAA Residential 2006 - (Indiana)‘ 
Black & Veatch 2009 (I&M Michigan) 

the utility. The results of some notable studies are summarized below: 

Economic Potential 
Uti I ity 

Programs Other Total 
13% NIA NIA 
16% NIA NIA 
NIA NIA 23% 

13% NIA NIA 
13% NIA NIA 
27% NIA NIA 

’ includes subset of Technical Potential with levelized cost less than $100/MWh. 

While there is some disagreement about what the actual number may be and some 

differences in methodologies, it is reasonable to assume that there is a fairly large well of 

latent cost-effective EE available. What becomes a question of policy is how much of the 

available efficiency should be pursued with utility-sponsored programs, and included as a 

resource. 

Unlike supply-side resources, demand-side resources, particularly EE resources require 

the participation of thousands of consumers. While the math may indicate that an 

“investment” in a particular measure is cost-effective, it does not guarantee that it will be 

universally adopted. 

Market barriers to EE exist which limit the rate and ultimate level at which 

efficiency measures are adopted by consumers (program participants). 
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Market Barriers to Energy Efficiency 

High First Costs 

High Information 

or Search Costs 

Consumer 

Education 

Performance 

Uiicertaiiities 

Transaction Costs 

Access to 

Financing 

Split Incentives 

Product/Sewice 

Uiiavailability 

Externalities 

Source: Eto, Goldman, a 

- 

Energy-efficient equipmeiit and services are often considered 

“high-end” products aiid can be more costly than standard products, 

even if tliey save coiisumers moiiey in the long ruii. 

It can take valuable time to research and locate energy efficient 

products or services. 

Consumers may not be aware of EE options or may not consider 

lifetime energy savings wheii comparing products. 

Evaluating tlie claims and verifying the value of benefits to be paid 

in the future caii be difficult. 

Additional effort may be needed to coiitract for EE services or 

products. 

Lending industry has difficulty in factoring in future economic 

savings as available capital wlieii evaluatiiig credit-woi-thiness. 

The person investing in the EE measure may be different from 

those benefitiiig from the investmeiit (e.g. rental property). 

Energy-efficient products may not be available or stocked at the 

same levels as standard products. 

Tlie environmental and other societal costs of operating less 

efficient products are not accounted for in product pricing or in 

future savings. 

1 Nadel(l998): Eto, Prahl, and Schlegel(l996); and Golove and Eto (1996) 

To overcome maiiy of the participant barriers noted above, a portfolio of 

programs may often include several of the following elements: 

0 Coiisumer education 

0 Technical training 
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e Energy audits 

e 

e Industrial process improvements 

Rebates aiid discounts for efficient appliances, equipment aiid buildings 

The level of incentives (rebates or discounts) offered to participants is a major 

deteiminaiit in the pace of market transformation aiid measure adoption. To achieve rapid 

adoption of efficiency measures, it is reasonable to expect increased program costs 

associated with higher coiisumer incentives, higher administrative burdens and 

marketing. A market penetration hnction was derived from market potential studies for 

I&M and other AEP jurisdictions. Figure 4-1 shows that higher levels of EE can be 

achieved as the subsidies to participants (incentives) are increased. It also shows an 

intuitive degree of diminishing rehi is  where increases in the incentive (expressed as a 

percentage of the measure cost) have a decreasing effectiveness. 

figure 4- I: Relationshhip Between Energy Savings and Subsides 

10% 

8% 

6% 

4% 

0% 
0% 20% 40% 60% 80% 100% 120% 

Percentage of Incremental Cost Paid With Incentive 

Source: Resource Planning 
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2. Smart Meters: gridSMART0- Smart Meter Pilot Program 

In March 20 1 1 , Indiana Michigan Power Company collaborating with tlie Indiana 

Office of tlie Utility Consumer Counselor documented their findings and 

recommendations pertaining to the Smart Meter Pilot Program (SMPP or Pilot) in South 

Bend, Indiana. The pilot included approximately 9,600 advanced metering infiastructure 

(AMI) smart meters. Among other grid reliability objectives, the Pilot sought to define 

the potential impact of advanced consumer programs on customer energy consumptioii, 

peak demand and energy cost. 

Advanced coiisumer programs were introduced to provide customers a better way 

to control energy coiisumption and cost. The first was an advanced time-of-day (TOD) 

tariff for both residential and commercial customers. The initial residential off-peak rate 

was 5.4 cents/lcWi and tlie on-peak rate was 16.8 cents/lcWh; whereas, the commercial 

off-peak rate was 7.0 ceiits/lcWi and tlie on-peak rate was 18.1 ceiitsl1cWi. A total of 

146 residential customers and 1 commercial customer enrolled in this program. This 

exceeded the initial established residential goal of 50 customers and exceeds the 12 

residential customers in the SMPP area that are on I&M standard TOD rate. However, 

the total participation of 146 (2.2%) residential qualifying SMPP customers and one 

commercial customer indicates an overall weak customer response to the advanced TOD 

tariff offerings. 

The second advanced offering was a residential cooling direct load control (DLC) 

program offered in conjunction with tlie iiistallation of a Programmable Communicating 

thermostat (PCT) installed in the home. The PCT allowed the temperature of tlie home to 
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be adjusted upward a maximum of 4°F degrees during summer peak times in excliaiige 

for a monthly bill credit. I&M capped tlie number of program participants at 126 due to 

PCT technology issues. Program participation was well below the projected 500 

customer goal set prior to tlie implementation due to tliese technology-related issues and 

a lack of customer participation. 

The SMPP demonstrated that customers can accrue tangible benefits from smart 

grid deployments. First and foremost, those limited number of customers (2.2%) willing 

to participate in peak period time differentiated tariff programs, and tliose that actively 

participated, will reduce tlieir peak demand, shift energy consumption out of the on-peak 

period, reduce total energy consumption and save money. Customers enrolled in tlie 

TOD rate program reduced tlieir suiiiiner peak demand by 10.8% (.211W) and tlieir 

annual energy consuinption by 1.5% (1 501wh). These results compared favorably to tlie 

hypothesized 3.5% energy aiid peak demand reductions. TOD program customers saved 

an average of $28 annually representing a 3.6% reduction in their electric bill. Annual 

savings accrued to approximately 75% of tlie program participants with a vast majority of 

tlie savings occurring from September-May when all energy usage was priced at tlie 

discounted off-peak rate. The overall satisfaction rate for tlie program was 83% and no 

customers left the program except tliose who left tlie service territory. 

I&M conducted eight DLC events in 2009 and 12 in 2010. Due to technology 

limitations aiid low implementation level in 2009, only data from 2010 events was 

analyzed to determine tlie program impact. Two types of events were conducted in 2010: 

1) adjust the temperature a total of 4 degrees in two-2 degree steps and 2) adjust tlie 

temperature a total of 4 degrees in one step. The peak demand reduction from tliese 
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adjustments was 1.2 1cW per participant and the average demand reduction over a four- 

hour timeframe was 1.03 1W. The peak demand reduction represents a 43% decrease in 

normal customer demand. This reduction conipares favorably to the original projection 

of a pre-program 1 1cW reduction per customer. The limited participating DLC 

customers, on average, reduced annual energy consumption by 0.5% (501cWH) and saved 

$40.30 annually representing a 4.6% reduction in their electric bill. Overall program 

satisfaction rate was 88% and only one person exited the program without leaving the 

service tei-ritory. However, these DLC custoiners when allowed to override the load 

control programs without limitation or energy cost penalties tended to do so and 

ultimately reduce achievable demand savings. 

Customers were able to view and analyze consumption data using the interactive 

web portal to identify ways to fui-ther conserve energy and save costs. Thirty-four 

percent of the SMPP area customers signed up on the I&M web site which increased the 

registrants from approximately 300 prior to the Pilot to almost 3,200 in September, 2010. 

While many customers registered to use the web site, a vast majority of the customers 

said they had not viewed their usage (87%). There was no discernible difference between 

the group of Customers with web access to their consumption information and those who 

did not register for the web. 

In summary, I&M believes the SMPP demonstrated the following: 

0 An integrated set of smai-t grid technologies and advanced customer programs can 
allow customers the ability to reduce their energy and peak demand consumption and 
save money; 

While the smart grid deployments provide the utility with some operational benefits, 
it is projected these distribution benefits alone do not exceed the entire cost of an 
integrated smai-t grid deployment. What is needed is active residential, commercial 
and industrial customer participation and a thorough understanding of energy cost 
benefits from a smai-t grid application; and 

0 
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0 SMPP was a unique limited scope test program where I&M customers did not pay for 
tlie Pilot deployment. Yet, even witli an exteiisive advertising campaign oiily 2.2% of 
customers who had access to the SMPP programs bothered to pai-ticipate despite clear 
fiiiaiicial iiiceiitives designed to elicit their participation. Based 011 I&M busiiiess 
modeliiig, a minimum customer pai-ticipatioii rate of betweeii 11% to 25%, with equal 
participation betweeii tariff offerings, will be required. The SMPP aiid previous 
experience from the standard time of day tariff suggests voluiitaiy customer 
pai-ticipatioii rates iii excess of 10% will be very difficult to achieve. Fui-tlieimore, 
while many customers registered to use the interactive web portal, 87% of customers 
never checked their energy usage. Substantiallv greater customer interest will be 
necessaiy in order to justify the cost of this or similar future programs. 

3. Demand Response 

Peak demand, measured in megawatts (MW), can be thought of as tlie amount of 

power used at tlie time of maximum power usage. In the PJM zone, this maximum 

(System peal) is likely to occur on the hottest summer weekday of tlie year, in tlie late 

afternoon. This happens as a result of the near-simultaneous use of air conditioiiiiig by 

the majority of customers, as well as the normal use of otlier appliances and (industrial) 

machineiy. At all otlier times during the day, and tlu-oughout tlie year, the use of power is 

less. 

As peak demand grows witli the economy aiid population, new capacity must 

ultimately be built. To defer construction of new power plants, the amount of power 

consumed at the peak must be reduced. In addition to “passive” or “non-dispatchable” 

resources like EE and Integrated Volt VaR Control (IWC), “active” or “dispatcliable~y 

resources, which have impacts primaiily only at times of peak demand, include: 

0 Intei*ruptible loads. This refers to a contractual agreement between tlie utility aiid 
a large consumer of power, typically an industrial customer. In retuiii for reduced 
rates, an iiidustrial customer allows the utility to “intermpt” or reduce power 
consumption duiing peak periods, freeing up that capacity for use by otlier 
consumers. 

@ Direct load control. Very much like an (industrial) interruptible load, but 
accomplished with many more, smaller, individual loads. Commercial and 
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0 

residential customers, in exchange for inoiithly credits or payments, allow tlie 
energy manager ’ to deactivate or cycle discrete appliances, typically air 
conditioners, hot water heaters, lighting banks, or pool pumps during periods of 
peak demand. These power inteiixptioiis can be accoinplished through various 
media such as FM-radio signals that activate switches, or through a digital 
“smart” meter that allows activation of thermostats and other control devices. 

Time-differentiated rates. Offers customers different rates for power at different 
times during the year and even the day. During periods of peak demand, power 
would be relatively more expensive, encouraging consei-vatioii. Rates can be split 
into as few as two rates (peak and off-peak) and to as often as 15-minute 
increments lcnown as “real-time pi-icing.” Accomplishing real-time pricing would 
typically require digital (smart) metering to “download” pricing signals from a 
utility host system. 

In addition to tlie demand response (DR) program associated with the SMPP, I&M 

has interruptible contracts with larger customers amounting to 25 8MW of realized 

capacity reductions coincident with PJM’s peak. Additional peak demand reduction 

capability is being pursued with the iiitroduction of tariff-based DR offerings for C&I 

customers. 

Expanding DR options beyoiid inteiruptible iiidustrial coiitracts is likely necessary 

to achieve increased peak demand reductions. Many cominercial businesses participate in 

DR activities that selectively reduce load in exchange for capacity payments fioin PJM. 

For this IRP, it is assumed that hture demand reduction programs would consist of 

additional tariffs (summer and winter impacts) as well as Company-offered, summer-only 

DR similar to what is currently required within PJM. 

On a broad scale, direct load control-type programs are typically more expensive as 

similar iiifiastructure is needed to achieve smaller load reductions. Moreover, these 

programs can also introduce coiisumer dissatisfaction since tlie “ecoiiomic choice” is 

removed from the customer. 

This IRP assumes a modest level of incremental DR to be met in part with PJM- 
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conipliant tariffs. Other options, including residential DR may also be considered in the 

future. 

4. Integrated Volt VaR Distribution Infrastructure 

Integrated Volt VaR Control (IVVC) provides all of the benefits of power factor 

correction, voltage optimization, aiid condition-based maintenance in a single, optimized 

package. In addition, IVVC enables conseivatioii voltage reduction (CVR) on a utility’s 

system. CVR is a process by wliich the utility systematically reduces voltages in its 

distribution network, resulting in a proportional reduction of load on the network. A 1% 

reduction in voltage typically results in a 0.5% to 0.7% reduction in load. 

As the electric infrastructure was built out in the last century, distribution systems 

were designed to ensure end-users received voltages ranging from 114 to 126 volts in 

accordance with national standards. Most utility systems were designed so that customers 

close to tlie substation received voltages close to 126 volts aiid customers farther from tlie 

substation received lower voltages. This design kept line construction costs low because 

voltage regulating equipment was only applied when necessary to ensure the required 

minimum voltages were provided. However, since most devices operated by electricity, 

especially motors, are designed to operate most efficiently at 1 15 volts, any “excess” 

voltage is typically wasted, usually in the form of heat. Tighter voltage regulation, 

enabled by smart-grid infrasti-ucture, allows end-use devices to operate more efficiently 

without any action on the part of consumers (Figure 4-2). Consumers will simply use less 

energy to accomplish the same tasks. 
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F@ure 4-2: lnfegrated VoltageNaR Control 

PV 
Wind 1 to 19kW 
Wind 20 to 100kW 
Wind 100 to 1000 kW 
Biomass Combustion CHP* 

Source: Resource Planning 

Mean 
installed Installed Fixed Fixed Variable Variable Annual 
cost cost range O&M O&M (+/- O&M O&M (+/- degradation 
($/kW) (+I- $/kW) ($/kW-yr) $/kW-yr) ($/kWh) $/kWh) rate (oh/yr) 
$ 6,200 $ 1,200 $ 21 $ 6 0.5% to 0.8% 
$ 7,500 $ 2,300 $ 0.02 $ 0.01 
$ 5,200 $ 1,800 $ 50 $ 20 __ 
$ 2,500 $ 1,000 $ 50 $ 20 
$ 5.500 $ 2.000 $ 0.09 $ 0.05 

~ 

5. Technologies Considered But Not Evaluated 

Distributed Generation to include roof-top solar, microturbines, combined heat 

aiid power (CHP), aiid residential and small commercial wind. 

Currently, these technologies cost more than other options and were not 

considered for wide-scale utility implementation. Their costs will continue to be 

monitored. 

I I I  
* Unit cost is per unit kilowatt of the electrical generator, not the boiuler 

-LI I -.-L 
iReproducedfrom: http://nwk.nrel.gov/analysis/pdfs/dg-lcoe-data.pdf 

E. Assessment of Demand Side Resources 

1. Energy Efficiency 

While EE measures have a wide range of costs aiid thus have a “supply curve” 

similar to other assets, as depicted in Figure 4-3, it is not practically true that the cheapest 

options will be exhausted first and ahead of more expensive options. Typically, a utility- 
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sponsored program will be required to provide a poi-tfolio of efficiency measures and 

programs which encompass a range along the cost curve. 

When deteiinining the cost of the resource portfolio as a whole, the levelized 

resource cost of the EE poi-tfolio, in aggregate, was assumed to be $40/h4Wh which is 

consistent with numerous studies (approximately equivalent to $4.00/MMBtu). The 

absolute value is not critical to verifying cost-effectiveness as will be shown. The real 

variable from the perspective of the utility and utility commissions is how much will a 

program cost and what results can be expected. 

By evaluating the load forecast with and without EE, the difference can be 

considered the value, or benefit of the efficiency poi-tfolio. This can then be compared to 
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tlie costs of tlie EE portfolios. Because the per-unit cost of the measures are held 

constant, the variation in the portfolio costs (program costs) are due to the levels of EE 

Incentive PV of Benefits 

50% 979,229 
75% 979,229 

100% 979,229 

Level ($000) 

and tlie incentive necessary to achieve those levels. Also, a break-even aiialysis was 

Nominal Program PV of Program Net Benefit 

334,525 208,001 771,228 
501,659 31 1,922 667,307 
668,893 415,905 563,324 

costs ($000) costs ($000) ($000) 

completed to deteiinine tlie aggregate average measure cost that cannot be exceeded for 

the portfolio to be cost-effective from a total resource perspective. 

The following table shows the costs and benefits of the Energy Efficiency 

embedded in the forecast given the assumption of an average resource cost of $4/MMBtu. 

Increases in that cost assumption will decrease the net benefits. This comprehensively 

analyzes current and future energy efficiency programs in the context of the dynamic 

modeling performed by Strategist, Cost-effectiveness of individual programs is discussed 

in the Short-term Action Plan. 

The break-even, levelized cost of efficiency measures fiom a total resource cost 

perspective approached $1 O/MMBtu, or approximately $0.49/1cWli installed. Program 

costs would be a fraction of these costs. 

Because EE is an iiivestmeiit today for future savings and also results in spreading 

cui-rent fixed costs among fewer kilowatt hours, the net result is often an iiicrease in rates, 

even as total bills (revenue requirements) decrease. Thus, a balance is souglit between 

aggressive pursuit of efficiency and the full aclcnowledgement of this expected impact on 

rates. 

A description of the cuixent programs is included in the Short-term Action Plan. 
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2. Deinaiid Respoiise 

As before, the base poi-tfolio evaluation is completed with aiid without DR 

prograidassets to deteimiiie its benefit. Froin there a break-even cost is calculated which 

becomes a cost-to-beat as DR optioiis are pursued during the implemeiitation phase. 

Additionally, as a seiisitivity, the level of dernaiid response assumed was doubled to 

gauge the benefits. 

Figure 4-4: I&M Indiana Demaiid Respoiise Values 
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As can be seen from Figure 4-4, demand response has little immediate value due to 

low capacity prices within PJM but very quickly rainps up. Achieving demand response 

at prices lower than shown in the graph will reduce the revenue requirement. A 100 MW 

reductioii represents approximately 3% of peak load for all of I&M. However, that is 

incremental to cuneiit coiitracted interruptible load that already exceeds 7% of ultimate 

demand. 

3. IVVC 

Similar to EE, the base poi-tfolio was prepared with and without IVVC and 
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compared to the costs. 

Annual Peak 
Annual Energy Demand 

Capital 
PV Benefit Costs PV Costs 

Savings (GWh) I Reduction (MW) I ($000) I ($000) I ($000) 
35 I 6.7 1 19.197 I 7.489 I 6.498 

Net Benefit 

1 2.699 
($000) 

This result is somewhat scalable with the liinit being available circuits that are 

worthwhile upgrading. 

4. Smart Meters 

Given the results of the sinart meter pilot, incremental rollouts are iiot anticipated 

during the actioii period. However, residents who chose to pai-ticipate in the load coiitrol 

feature can continue to participate. Residential (and Commercial) direct load control is a 

viable way to affect peak demaiid reductions, but it is not typically as economical as 

commercial load reductions. 

5.  Discussioii aiid Conclusioii 

As a result of the requirements of the Indiana DSM Phase I1 order, an aggressive 

ramp up of eiiergy efficiency programs is currently underway. The composition of the 

portfolio of programs is decided in an open, collaborative process. A surmnary of the 

cui-reiit portfolio composition is included in Exhibit 10-1. I&M may benefit fi-oin fui-ther 

investment in demand response, particularly in the commercial and industrial space 

where costs are lower on a per unit basis. Further, iiivestment in promising smart grid 

technologies like IVVC can reduce customer bills passively, skirting many of the bai-riers 

that inhibit rapid and universal adoption of traditional energy efficieiicy measures. 

F. DSM and Distributed Generation: Distribution and Transmission Applications 

The focus of this section up to this point has been on avoidance of generation. 

DSM and distributed generation (DG), including storage technologies such as Sodium 
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Sulfur (NaS) Batteries, also have tlie potential for greater use 011 tlie transmission and 

distribution system as technology improvements are made and costs are reduced. 

For the distribution system, DG and DSM applications can be integrated with 

distribution switching technologies for peak shaving and/or reliability improvement 

applications. These DG systems will require tlie use of real time data to ensure that 

safety and power quality are maintained in tlie operation of the system. In peak shaving, 

DG application(s) would be activated based on operational factors so grid constraints are 

mitigated. These operational factors could include voltage, current, frequency and/or 

temperature indicators, which can be managed and used for decision-malting through 

software applicatioiis or monitored by a system dispatcher. For reliability improvement 

applications, DG can strategically be placed on existing feeders and tlie feeder coiifigured 

to automatically switch to “islanding” mode when the main station feed is interrupted. 

Islanding involves tlie electrical isolation of a portion of the feeder so that it can be safely 

aiid reliability fed from the DG application(s). This DG application will require real time 

data for determining the state of tlie local distribution grid and a robust communication 

system for timely and accurate processing of tlie data. 

From a traiismissioii planning perspective, DG and DSM are modeled as built-in 

iiiputs into tlie annual assessments. These inputs are established by PJM as part of tlie 

Reliability Pricing Model (RPM) and Base Case development effort. In tlie absence of 

these iiiputs, more transmission improvements could be required. As a member of PJM, 

any proposed solutions to traiismission problems will be reviewed by PJM through its 

stalteliolder process to ensure compatibility of the proposed solution on a regional basis. 
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CuiTently, DG teclmologies have a veiy high capital cost, pai-ticularly when sized 

coiiveiitionally to meet peak demand. If costs coiitinue to decline as expected aiid new 

ways to utilize storage are conceived, it is possible that this technology will become a 

larger part of future resource plans. 

G. Current Interruptible Service Rate Options 

A coiitributor to the Company’s demand-side managemeiit programs currently 

impactiiig the IRP is the set of interruptible and curtailment tariffs, riders and special 

coiitract agreements. These programs are cuirently offered to qualifying commercial and 

iiidustrial customers aloiig with, in some cases, certain market buy-through piivileges. 

I&M’s interruptible service options provide industrial and commercial customers 

discounts in exchange for their agreement to temporarily curtail their service wheii 

requested. I&M’s interruptible service options include Contract Service - Interruptible 

Power tariffs aiid demand respoiise riders recently filed by the Company and approved by 

the IURC relating to emergency and economic inteiruptions. I&M also has an 

iiiteimptible customer under a special contract arrangement. 

The Company makes available Rider ECS, Emergency Curtailable Service (ECS) 

and Rider EPCS, Energy Price Curtailable Service (EPCS) to our commercial and 

iiidustrial customers taking service under Tariff IP, Industrial Power. These additional 

inteiixptible service options address temporary, or short-term, emergency operating 

conditions on the AEP System. In the event of curtailments, such customers receive a 

cui-tailable credit based on the amount of energy curtailed and the respective pricing 

provisioiis of these riders. 
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I&M also offers interruptible service via PJM's Demand Respoiise program. In 

compliance with tlie Commission's Order in Cause No. 43566 dated July 28, 2010, the 

Company began offering several demand response riders in Indiana providing customers 

additional opportunities to receive compensation / billing credit in exchange for curtailing 

demand aiid energy. These are PJM demand response programs where customers are 

only enrolled through tlie Company. The demand response riders include: Emergency 

Demand Response (D.R.S. I), Economic Demand Response (D.R.S. 2) and Aiicillary 

Seivice Demand Response (D.R.S. 3). 

For the 2012 forecast year, and airnually thereafter, it is anticipated that six 

inteii-uptible customers witli contracted interruptible capacity of approximately 375 MW. 

Based 011 historical load patterns and tlie particular nature of each inten-uptible contract, 

the estimated available interruptible load for purposes of tliis resource planning process is 

243 MW (summer rating) for I&M. In addition to these inteii-uptible customers, tlie 

Company has 19 demand response and 106 direct load control customers that may be 

inteii-upted under certain conditions, with tliese customers having 40.5 MW of demand 

reduction capacity. 

H. Current Time-Of-Use Service Options 

Another contributor to I&M's demand-side management programs include 

optional special rates witli time-of-use "demand-side" features. 

Some of I&M's tariffs contain features that are designed to encourage customers to shift 

load from the on-peak period to the off-peak period. Customers participating in these 

tariffs benefit from lower off-peak rates for energy aiid demand shifted to the off-peak 

period. Encouraging customers to shift their energy consumption to off-peak periods 
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creates a win-win situation for I&M and its customers. Participating customers receive 

reduced rates and I&M has the potential to reduce costs and realize efficiency gains in 

producing electricity. 

I&M offers a standard and an experimental time-of-day (TOD), storage water heater, 

load inanageinelit time-of-day and off-peak forgiveness provisions to its customers: The 

standard time-of-day provision is available to all customers and provides on-peak and 

off-peak energy charges. The experimental time-of-day provision also provides on-peak 

and off-peak energy charges and is available to those customers located within the former 

South Bend Smart Meter Pilot Program (SMPP) area and a limited number of customers 

outside of the SMPP. The load management time-of-day provision is available to 

customers who use energy-storage devices with time-differentiated load characteristics 

(generally equipment operating only during the off-peak hours). The off-peak 

forgiveness provision disregards, for billing purposes, demand created during the off- 

peak hours up to cei-tain tariff limitations. Over 3,000 Indiana customers are presently 

served on TOD tariffs, and over 16,100 residential customers have installed off-peak 

water heater systems. 

The rates associated with time-of-use are designed to reflect the different costs 

the Company incurs in providing electricity during peak periods when electricity demand 

is high and off-peak periods when electricity demand is low. I&M’s on-peak period is 

defined as 7 A.M. to 9 P.M., Monday through Friday. The off-peak period is all other 

hours not defined during the on-peak period. 

Whether customers benefit from time-of-use rates is contingent upon the 

percentage of total consumption used during on-peak periods, or rather, how much usage 
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is shifted from the on-peak period to the off-peak period. 

Listing of I&M’s Time-Of-Use, Interruptible and Demand Response Tariffs 

As mentioned above, I&M provides tariffs that encourage customers to make 

energy-efficient and cost saving decisions by participating in time-of-use and 

inteiruptible load programs. 

A description of these time-of-use and inteiruptible service options are shown in 

Time-Of-Use, Interruptible and Demand Response Tariffs - Table 1 shown directly 

below. 

Tin 

Schedule 
RS-TOD 

RS-TOD2 

RS-OPES 
(RS- 
OPES/PEV in 
Michigan) 

-Of-Use, Interru 
Time-Of-Use / 
Interruptible 
Category 
Time-0 f-Use 

Time-Of-Use 

Time-Of-Use 

ltible and Demand Response Tariffs - Table 1 

Description 
Available to single-phase residential 
customers. This tariff provides on- 
peak and off-peak energy charges. 
Limited to first 2,500 customers 
(Indiana). 
Experimental program available to 
single-phase residential customers 
located within the former South 
Bend Smart Meter Pilot Program 
(SMPP) area and a limited number 
of customers outside of the SMPP. 
This tariff provides on-peak and off- 
peak energy charges. 
Available to customers eligible for 
Tariff RS (Residential Service) who 
use approved energy storage devices 
with time-differentiated load 
characteristics, such as electric 
thermal storage space heating 
equipment and water heaters that 
consume electrical energy only 
during off-peak hours and store it 
for use during: on-Deak hours. 

Jurisdiction 
Indiana, 
Michigan 

Indiana 

Indiana, 
Michigan 

Number of 
Participants 
5,513 

140 

1,394 
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Schedule 

L M W S W H  
RS- 

Rider DLC-2 

Rider R.P.R. 

rime-Of-Use / 
[nterrup tible 
Category 
rime-Of-Use 

Inteii-uptible 

Interruptible 

Description 
Provision available for residential 
xstomers who install a company- 
3pproved load management water 
heating system with capacity of at 
least 80 gallons, which consumes 
electrical energy primarily during 
off-peak hours specified by the 
Company and stores hot water for 
use during on-peak. The last 250 
kWli of use in any month shall be 
billed at an off-peak energy charge. 
The storage water heating provision 
is withdrawn except for the present 
iiistallations of currelit customers 
receiving sei-vice at premises served 
prior to May 1, 1997. 

Experimental program available to 
residential customers located within 
the foi-mer South Bend Smart Meter 
Pilot area under which customers 
authorize the Company to install a 
smart thermostat device to control 
the customer’s central electric 
cooling unit. 
Available on a voluiitaiy basis for 
customers receiving residential 
electric service. Customers caruiot 
take service under this Rider while 
also taking sei-vice under Rider 
D.L.C or Rider D.L.C.-2. To 
participate, customers allow the 
Company to install load control 
equipment and, if necessaiy, 
auxiliary communicating devices to 
control the customer’s central 
electric cooling unit(s). The 
Company will utilize the installed 
control devices to reduce customer’s 
energy use during load 
management events. 

lurisdiction 
iidi ana, 
vf ichigan 

[ndiaiia 

Indiana 

Yumber of 
Participants 
17,167 

- 

106 

0 
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Schedule 
SGS-LMTOD 

SGS-TOD 

MGS-LMTOD 

LGS-TOD 

rime-Of-Use / 
[nterruptible 
Category 
rime-0 f-Use 

rime-Of-Use 

Time-Of-Use 

Time-0 f-Use 

Description 
Available to customers who use 
approved energy-storage devices 
with time-differentiated load 
Characteristics, such as electrical 
tlieimal storage space-heating and/or 
cooling systems and water heaters 
that coiisume electrical energy only 
during Company-specified off-peak 
hours aiid store energy for use 
during on-peak hours. These tariffs 
provide on-peak and off-peak 
energy charges. 

Experimental program available to 
single-phase small general seivice 
customers located witliin tlie former 
South Bend Smart Meter Pilot 
Program (SMPP) area and a limited 
number outside the SMPP. This 
tariff provides on-peak aiid off-peak 
energy charges. 

~ 

Available to customers who use 
approved energy-storage devices 
witli time-differentiated load 
characteristics, such as electrical 
thermal storage space-heating and/or 
cooling systems aiid water heaters 
that consume electrical energy only 
during Company-specified off-peak 
hours and store energy for use 
during on-peak hours. These tariffs 
provide on-peak and off-peak 
energy charges. 

Available to general seivice 
customers with demands greater 
than 10 1W but less thaii 1,000 kW. 
This tariff provides on-pealc aiid off- 
peak energy charges. 

Jurisdiction 
Indiana, 
Michigan 

Indiana 

Indiana, 
Michigan 

Indiana 

Vumber of 
Particinants 

2 

144 

11 
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schedule 
2GS-LMTOD 

VIGS-TOD 

LGS (Off-peak 
Hour 
Provision) 

rime-Of-Use / 
[nterruptible 
Zategory 
rime-0 f-Use 

rime-0 f-Use 

Time-Of-Use 

Description 
Available to customers wlio use 
approved energy-storage devices 
witli time-differentiated load 
characteristics, such as electrical 
thermal storage space-heating and/or 
cooling systems and water heaters 
which consume electrical energy 
only during off-peak hours specified 
by the Company aiid store energy 
for use during on-peak liours. These 
tariffs provide on-peak aiid off-peak 
energy charges. 
Available for general service 
customers witli demands greater 
than 10 1W but less than 150 1W 
(Indiana) and zero to 150 1Mr 
(Michigan). Electric service will be 
measured though one multi-register 
meter capable of measuring 
electrical energy consumption 
during the on-peak and off-peak 
billing periods. This tariff provides 
on-peak and off-peak energy 

Available for general service 
customers with maximum demands 
greater than GO 1VA but less than 
1,000 1VA (Indiana) and greater 
than 100 but less than 1,500 1W 
(Micliigaii). 
Demand created dui-ing the off-peak 
liours is disregarded for billing 
purposes provided that the billing 
demand is not less than GO percent 
of the maximum demand created 
during tlie billing month nor less 
than GO percent of either (a) tlie 
contract capacity, (b) the customer's 
highest previously established 
monthly billing demand during tlie 
past 11 months, or (c) 100 1VA. 

Jurisdiction 
[ndiana, 
clicliigan 

[iidiana, 
Michigan 

Indiana, 
Michigan 

Vumber of 
Participants 
25 

1,264 

1,906 
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Schedule 
LP (Off-peak 
HOW 

Provision) 

LP (Time-Of- 
Day Energy 
Charges) 

IP (Off-peak 
Hour 
Provision) 

Time-Of-Use / 
Interruptible 
Category 
Time-Of-Use 

Time-Of-Use 

Time-Of-Use 

Description 
Available for general service 
customers with contracted capacity 
of 1,500 1cW. Demand created 
during the off-peak hours is 
disregarded for billing provided that 
tlie billiiig demand is not less than 
60% of the maximum demand 
created during the billing month, nor 
less than 1,500 1W nor less thaii 
60% of tlie contract capacity. 

Available for general service 
customers with contracted capacity 
of 1,500 1cW or greater under Tariff 
LP. This tariff provides on-peak 
and Off-peak energy charges. 

Available for general service 
customers with iiormal maximum 
requirements of 1,000 1VA or 
greater. 

Demand created during the Off-peak 
hours is disregarded for billing 
purposes provided that the billing 
demand is not less than 60% of the 
maximum demand created during 
the billing month nor less than 60% 
of either (a) the contract capacity or 
(b) the customer's highest previously 
established monthly billing demand 
during tlie past 11 months. 

Jurisdiction 
Michigan 

Michigan 

Indiana 

Number of 
Participants 
26 

Customers 
included in 
the previous 
tariff 
schedule. 

23 I 
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Schedule 
WSS (Optional 
I'OD) 

EHS (Off-peak 
Hour 
Provision) 

cs - I W  

rime-Of-Use / 
[nterruptible 
:ategory 
rime-Of-Use 

rime-0 f-Use 

Iiitermptible 

Description 
4vailable for the supply of electric 
aergy to wateiurorlcs and sewage 
iisposal systems who consume 
metered usage during off-peak 
periods. Customers with normal 
maximum demands of 100 1cW or 
more (Michigan only) have the 
option to receive this service. This 
tariff provides on-peak and off-peak 
energy charges. 

Not available for new applications. 
Available to primary and secondary 
schools and to college and 
university buildings where the 
principal energy requirements (all 
lighting, heating, cooling, water 
heating, and cooking) are provided 
by electric energy. Demand created 
during the Off-peak hours is 
disregarded for billing purposes 
provided that the billing demand is 
not less than 60 percent of the 
maximum demand created during 
the billing month. Note: This tariff 
has been withdrawn except for 
existing installations. 

Available to customers operating at 
34 1V or higher who contract for 
service under one of the Company's 
inteiluptible service options. The 
total contract capacity for all 
customers served under this tariff 
and Tariff 1R.P is limited to 135,000 
IcVA. This tariff has been 
withdrawn except for existing 
installations. 

lurisdiction 
ndiana, 
VIicliigaii 

Michigan 

Indiana 

Number of 
Participants 
3 

47 

3 
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Schedule 
ZS-IRP2 

Special 
[nten-uptible 
Zontract 

Rider ECS 
[Emergency 
Curtailable 
Service) 

Rider EPCS 
(Energy Price 
Curtailable 
Service) 

Time-Of-Use / 
tnterruptible 
Category 
Iiiteri-uptible 

Interruptible 

Inteii-uptible 

Iiiten-up t ible 

DescriD tion 
Available to customers with 
interruptible demands of 
1 ,OOOlcW/lNA who contract for 
service under one of the Company’s 
interruptible service options. The 
total contract capacity for all 
customers served under this tariff, 
Tariff CS-IRP, and Riders DRS1 
and DRS2 is limited to 235,000 
1VA in Indiana and 50,000 1Mr in 
Michigan. 

Special Contract provides for 
curtailment of load. 

Rider ECS is available to customers 
normally taking firm service under 
Tariff IP (Indiana) or Tariff LP 
(Michigan) for their total capacity 
requirements fi-om the Company. 
Customer’s ECS load will be 
curtailed when an emergency 
condition exists on the AEP System. 
The customer must have an on-peak 
cui-tailable demand not less than 1 
MVA and will be compensated for 
1cWi curtailed under the provisions 
of Rider ECS. 

Customer selects one of two ECS 
curtailment options based upon 
maximum duration and credit 
amounts. Customer will be subject 
to curtailment for 110 more than 50 
hours per season. 

Rider EPCS is available to 
customers noi-mally taking firm 
service under Tariff IP (Indiana) or 
Tariff LP (Michigan) for their total 
capacity requirements from the 
Company. Customer’s PCS load 

Jurisdiction 
[iidiana, 
Michigan 

Indiana 

Indiana, 
Michigan 

Indiana, 
Michigan 

Yumber of 
Farticipants 
5 

1 

0 

0 

- 4-30 - I&M 201 1 



Schedule 

D.R.S.-1 

D.R.S.-2 

Time-Of-Use / 
Interruptible 
Category 

Interruptible 

Interruptible 

Description 
will be curtailed at the Company’s 
sole discretion. The customer must 
have an on-peak curtailable demand 
not less than 1 MW/MVA and will 
be compensated for l w h  curtailed 
under the provisioiis of the Rider. 

Customer selects one of three EPCS 
curtailment duration options. 
Customer specifies the maximum 
number of days during the season 
that the customer may be requested 
to curtail. Indiana customers select 
notification on a day ahead and/or 
cui-rent day basis. The customer also 
specifies the minimum price at 
which the customer would be 
willing to curtail. The Company, at 
its sole discretion, determines 
whether the customer will be 
curtailed given the customer’s 
specified PCS curtailment options. 

Available to commercial and 
industrial customers who have the 
ability to curtail load under the 
provisions of this demand response 
emergency rider and receives a 
payment each month. The Company 
will directly enroll customers in the 
PJM Emergency Demand Response 
Program. 

Available to commercial and 
industrial customers who voluntarily 
respond to locational marginal 
prices (LMP) by reducing 
consumption and receives a payment 
for those reductions during times 
when LMP prices are high. The 
Company will directly enroll 
customers in the PJM Economic 
Demand Response Program. 

Jurisdiction 

Indiana 

Jiidiana 

Yumber of 
ParticiDants 

16 

0 
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Schedule 

D.R.S.-3 

Utility 
Residential 
Weatherization 
Program 
(URWp) 

Time-Of-Use / 
Interruptible 
Category 

[nterruptible 

Weatherization 

DescriDtion 

Available to commercial and 
industrial customers who have the 
opportunity to offer demand 
response to meet the iieeds of the 
transmission system and receive a 
payment or credit for such demand 
response. The Conipaiiy will 
directly eiu-oll customers in tlie PJM 
Economic Demand Respoiise 
Prograni. 

Upon customer request, I&M may 
provide finaiicial assistance in tlie 
foiin of loaiis to residential 
customers for the cost of certain 
energy conservation measures. 
Qualified homes must use electricity 
for space heating or air conditioiiiiig. 
After I&M conducts the Residential 
Conseivation Service Program audit, 
the Company will assist tlie 
customer to install energy 
coiiservatioii measures by financing 
the cost of such conseivatioii 
measures in amounts up to $1,500 
with a maximum repayment period 
of three years. 

Jurisdiction 

Indiana 

Indiana 

Number of 
ParticiDants 

0 

17 

Notc 1: I&M-Indiana and I&M-Michigan’s standard off-pcak billing pcriod is dcfincd as 9 p.m. to 7 am, local timc, Monday through Friday 
including all hours of Saturdays and Sundays. I&M-Indiana’s cxpcrimcntal off-pcak billing pcriod uscd in thc fonncr South Bcnd Smart Mcter Pilot 
area is defined as midnight to 2 p.m. and G p.m. to midnight May through September and all hours October through April. 

Notc 2: Thc Utility Rcsidcntial Wcathcrization Program shown in thc tablc abovc is offcrcd by t l~c Company to its customcrs through its provision 
within I&M-Indiana’s Terms and Conditions of Service. 

Notc3: Thc tariff dcscriptions shown abovc arc in summary form. To obtain a full dcscription, plcasc scc thc Company’s tariff shccts and Tcnns 
and Conditions of Scrvicc. 
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The Time-Of-Use Demand Reduction - Table 2, shown below, reflects I&M’s demand 

reduction in MW for each off-peak tariff schedule as of September 20 1 1. 

Time-Of-Use Demand Reduction - Table 2 

Residential LMWH 
Residential WH80 
Residential WH100 
Residential vlrH120 

Class 

3.1 
0.3 
0.2 
2.0 

Coincident Peak 
Demand Reduction 

(MW) 

Residential TOD2 
Residential TOD 
Residential OPES 
MGS LMTOD 

0.0 
0.1 
0.1 
0.4 

SGS TOD & LMTOD 
MGS TOD 

0.0 
2.4 

MGSTOD3CO 
LGS LMTOD 

0.0 
1 .o 
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LGS TOD 
IP Primary 
IP Subtrans 
IP Transmission 
IP Secondary 
Total 
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0.2 
6.3 
1.4 
1.8 
__ 3.3 
22.8 



5) SUPPLY-SIDE RESOURCES 
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5. Supply-Side Resources 

A. Introduction 

Supply-side resources iiiclude existing and new utility-scale sources that can 

supply the electrical energy requirements of I&M's customers. This chapter describes 

existing capacity and other bulk power arrangements, expected changes to existing 

capacity, including potential retirements, and tlie screening of potential new resources. 

B. Existing Pool and Bulk Power Arrangements (170 IAC 4-7-6(s) (5) and 170 IAC 
4-7-6(~) (4)) 

1. AIEP Interconnection Agreement 

The current plaimiiig and operation of the generation facilities of the five major 

operating companies in tlie AEP System's-East Zone, including I&M, is coordinated 

tlxough tlie AEP Interconnection Agreement. Tlie AEP Interconnection Agreement, 

commoiily refei-red to as the "pool agreemelit," was originally signed in 1951 and has 

been modified and supplemented from time to time since then. The AEP Pool allows 

each of the members to receive tlie economies of scale that result from a large system. 

Tlie pool agreement provides a inechaiiism to compensate individual operating 

companies for imbalances that may exist from time to time with respect to the installed 

generating capacities of the AEP Pool member companies. Under the accounting 

provisions of the pool agreement, each member is responsible to provide for its member 

load ratio of tlie total AEP Pool generating capacity. Member load ratio for each month 

is tlie ratio of tlie Company's peak load during the prior twelve months to the sum of the 

five companies' non-coincident peak loads during the same period. Each 

capacity-sui-plus AEP Pool member is credited on a monthly basis for its su-plus capacity 

in excess of this requirement, and receives payments from tlie capacity-deficit members, 
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at a rate that reflects the embedded iiivestmeiit cost of its own primary steam capacity and 

the fixed operatiiig rate of this capacity. These payments to the capacity-surplus AEP 

Pool members are made by the capacity-deficit members, in proportion to their respective 

capacity deficits. Payments are made at the primary capacity equalization rate for the 

AEP Pool, which reflects the weighted average of the embedded investment cost of 

primary steam capacity and the fixed operatiiig rates of all the capacity-surplus members. 

I&M is currently a capacity surplus member. 

As stated in Section 2.A., 011 December 17, 2010, each of the AEP Pool members 

gave written notice to the other members, and to AEPSC, of its intent to allow for 

modification of the pool agreement, effective January 1, 2014 or such other date as 

approved by FERC. Because the AEP Pool agreement is a rate schedule on file at FERC, 

its modification will not be effective until accepted for filing by FERC. 

2. AEP System Transmission Agreement 

The AEP System Transmission Agreement, updated and approved by FERC 

Order on October 29, 2010, provides for the sharing among the members of the East 

Zone, includiiig I&M, of the costs iiicui-red by the members for the ownership, operation, 

and maintenance of their poi-tions of the high voltage transmission system, in order to 

enhance equity among the members for the continued development of a reliable and 

economic high voltage system. Members having high voltage transmission investments 

greater than their respective load shares receive payments from members with 

investments less than their respective load shares. 
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3. PJM Membership 

On October 1, 2004, the AEP System-East Zone, including I&M, joined the PJM 

Intercoimection. PJM is a FERC-approved regional transmission organization (RTO) 

that coordinates the inovemeiit of wholesale electricity in all or parts of thirteen states and 

the District of Columbia. PJM manages a regional plaimiiig process for expansion of the 

transmission system and continuously monitors the transmission grid. PJM operates a 

competitive wholesale electricity market and dispatches the generating units of its 

members, based 011 energy offers made by the members, seeking to provide the lowest 

possible cost of electricity within its footprint. PJM sets generation planning reserve 

requirements for its members (Refer to Chapter 2 section 0). 

4. OVEC Purchase Entitlement 

Four AEP companies (APCo, CSP, I&M and OPCo) are among the owners of the 

Ohio Valley Electric Corporation (OVEC) and its subsidiary Indiana-Kentucky Electric 

Corporation (IKEC). At this time, I&M’s share of the OVEC units’ capacity is 

approximately 18.06%. 

C. Existing Units (170 IAC 4-7-4 (7) and 170 IAC 4-7-6 (a) (1)-(3)) 

1. Current Supply 

Exhibit 5-1 offers a summary of all existing supply resources for the AEP 

System-East Zone and for I&M as of Julie 1 , 201 1. Figure 5-1 summarizes the data in 

Exhibit 5-1 and also includes, for information, the PJM RTO installed capacity (including 

purchases) by fuel type as of May 3 1 , 201 1 (http://m.pjm.coin/-/media/inarlcets- 

ops/ogs-analysis/capacity-by-fuel-type-20 1 1 .ashx). Total PJM RTO capacity is 18 1,6 19 

MW of which 39.70% is coal fired, 34.08% is gadoil and 18.50% is nuclear. The 2011 
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summer I&M capacity of 5,546 MW and the 2011 summer AEP System - East Zoiie 

Coal 
Nuclear 
HydrolPum ped Storage 
Gas Diesel 
Oi I 
Purchase 
Re new able 

Tota I 

capacity of 27,999 MW are composed of the followiiig resource types (MW): 

3,208 20,991 
2,059 2,059 

12 684 
0 2,821 
0 0 

242 1,329 
25 116 

5.546 27.999 

Figure 5-1 
2011 Generating Capacity 

I&M EastZone 
I 

PJMRTO 1 

1 Note: Totals do not include DSWEE program values . - ~ - _ _ _ _ _ - _ _ .  

2. Current (Embedded) Capability Adjustments 

The capability forecast of the existing AEP System-East Zone generating fleet 

over the 20 12-203 1 forecast period reflects a reduction of approximately 1 1 1 MW as a 

result of unit deratiiigs associated with environmental facility retrofit, and Coal-to-Gas 

unit coiiversioiis, netted against upgrades associated with planned efficiency 

iniprovements. 

Output changes to I&M generating units are shown in Figure 5-2 as well as 

Exhibit 5-2. Note that while Figure 5-2 and Exhibit 5-2 both show specific technology 
I 

additions to Rockport, a decision as to the particular Roclport Unit that will be first 

retrofitted is still being evaluated. 
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Figure 5-2 

Year 
2014 
2014 
2015 
2015 

2015 
2016 
2016 
2020 
2025 

Month Unit 
Tamers 4 

Roclpoi-t 2 
Tamers 1 
Tanners 2 
Tamers 3 

Roclpoi-t 1 
Rockport 1 

Roclpoi-t 2 
Tamers 4 

Modification 
FGD (DSI) 

FGD (Teclmology TBD) 
Retirement 
Retirement 
Retirement 

Turbine Steam Path Upgrade + FGD 
Seasonal Derate Reinoval 

Turbine Steam Path Upgrade 
Retirement 

Capacity Change 
(MW) 

Total Unit 
0 
0 

-145 

-145 
-195 

0 
10 
35 

-500 

-940 

I&M 
0 
0 

-145 
-145 
-195 

0 
9 
30 

-500 

-947 

3. Fuel Inventory and Procurement Practices. 

a. General 
The generating units of I&M and tlie other AEiP System-East Zone operating 

companies, which are predominantly coal-firedy are expected to have adequate fuel 

supplies to meet full-load bum requirements in both the short-teim aiid the long-term. 

AEPSC, actiiig as agent for I&M, is respoiisible for the procurement and delivery of coal 

to I&M's generating stations, as well as setting coal iiiveiitoiy target level ranges and 

moiiitoring those levels. AEPSC's primary objective is to assure a coiitinuous supply of 

quality coal at the lowest cost reasonably possible. Deliveries are ai-raiiged so that 

sufficient coal is available at all times. The consistency and quality of the coal delivered 

to the generating stations is also vitally important. The consistency of the sulfur content 

of the delivered coal is fundameiital to I&M in achieving and maintaining compliance 

with the applicable environmental limitations. 
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b. Units 

I&M has two coal-fiied generating stations, Rockcport and Tanners Creek, both in 

Indiana. The Roclport Generating Station, located in Spencer County, consists of two 

1,300-megawatt coal fired generating units. Sulfur dioxide (S02) emissions at Rockcport 

are limited to 1.2 Ib. S O 2 M B t u .  Compliance with the emission limit is achieved by 

using a blend of Powder River Basin low sulfur sub-bituminous coal and low sulfur 

bituminous coal from Colorado or eastern sources. The Tanners Creek generating station 

is located in Dearborn County, and consists of four coal-fired units with a total Net 

Maximum Capacity (NMC) of 995 megawatts. In accordance with the NSR Consent 

Decree, Tanners Creek Units 1, 2, and 3 (TC 1-3) are limited to fuels with a sulfur 

content no greater than 1.2 Ib. S02/MMBtu and Unit 4 (TC-4) is limited to fuels with a 

sulfur content no greater than 1.2%, with both sulfur content restrictions on the Tanners 

Creek units being enforced on an annual average basis. As a result of the different air 

emission standards, as well as differences in the boiler designs, the coal supplies for 

Tanners Creek 1-3 and Tanners Creel-4 vary in order to match the differing quality 

requirements of the units. The fuel for Tanners Creek 1-3 will be from bituminous 

sources located in Colorado and from easteiv bituminous sources. Tanners Creek 4, 

similar to the Rockport Station, can use a blend of Powder River Basin coal from 

Wyoming and low sulfur bituminous coal from eastern sources. 

c. Procurement Process 

Coal delivery requirements are determined by taking into account existing coal 

inventory, forecasted coal consumption, and adjustments for contingencies that 

necessitate an increase or decrease in coal inventory levels. Sources of coal are 
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established by taking into account contractual obligatioiis and existing sources of supply. 

I&M’s total coal requirements are met using a portfolio of long-teim arrangements, and 

spot-market purchases. Long-term contracts support a relatively stable and consistent 

supply of coal. When needed, spot purchases are used to provide flexibility in scheduling 

contract deliveries, to accommodate changing demand, aiid to cover shortfalls in 

deliveries caused by force majeure and other unforeseeable or unexpected circunistaiices. 

Occasionally, spot purchases may also be made to test-bum any promising and potential 

new long-term sources of coal in order to determine their acceptability as a fuel source in 

a given power plant’s generating units. 

d. Contract Descriptions 

Roclport’s need for coal is being supplied primarily through two long-teim 

supply agreements with Peabody COALSALES, LLC. 

The first long-term contract between I&M and Peabody COALSALES, LLC 

formerly known as the Rochelle Coal Company that began in October 1989 aiid was 

scheduled to expire at the end of 2004 has been extended by I&M and Peabody Energy 

Corporation with annual base tonnages scheduled through the teim of the agreement. 

The second long-term agreement is in effect with Peabody COALSALES, LLC with 

deliveries of coal that commenced in January 2005 and coiitinues wider the terms of the 

agreement. In addition to these long-teim contracts, there are several other cominitted 

contracts, both term and spot, that will contribute to fulfilling the supply requirements. 

Any remaining supply requirements will be fulfilled with non-committed purchases. As 

these agreements expire, additional coal supplies will be contracted to maintain a 

sufficient supply of coal. 
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Contract coal for Tanners Creek 1-3 will be supplied pwsuaiit to the Bowie 

Resources, LLC Magnum Coal Sales LLC, and the Argus Energy LLC long-term 

agreements. The primai-y source of Tanners Creek 4 coal deliveries is tlie extended 

Peabody COALSALES, LLC long-teim contract discussed above. In addition to these 

long-term contracts, non-committed coal will be purchased to maintain sufficient coal 

supplies. 

e. Inventory 

I&M attempts to inaintaiii iii storage at each plant an adequate coal supply to meet 

full-load burn requirements. However, in situations where coal supplies fall below 

prescribed minimum levels, programs have been developed to conserve coal supplies. In 

the event of a severe coal shortage, I&M and tlie AEP System-East Zone operating 

companies would implement procedures for the orderly reduction of tlie consumption of 

electricity, in accordance with the Emergency Operating Plaii. 

f. Forecasted Fuel Prices 

I&M specific forecasted annual fuel prices, by unit, for tlie period 2012 through 

2021 are displayed in Exhibit 1 of the Coiifideiitial Supplement. 

4. Capacity Acquisitions and Dispositions 

As part of its resource plaiming process, AEP continues to investigate the viability 

of placing indicative offers 011 additional utility or IPP-owned natural gas peaking and 

combined cycle facilities. On September 19, 2007, AEP completed the purchase of a 

natural gas-fired power plant under construction near Dresden, Ohio, from Dresden 

Energy LLC, a subsidiary of Dominion. With an expected Commercial Operatioii date in 

early 2012, Dresden will be a nominal 625 MW natural gas-fired combined-cycle plant 
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owiied by APCo. 

Another impoi3aiit initial process within this 2011 IRP cycle was the 

establishment of a long-teim view of dispositioii alteiiiatives facing older, smaller 

cuirently uncoiitrolled coal-steam uiiits in the I&M aiid AEP System-East fleet. Prior 

“Unit Disposition” analyses identified aging I&M and AEP-East generating assets 

consisting of a total of 26 units (including 4 I&M units) with a PJM (summer) rating of 

5,348 MW (including 985 MW for I&M). 

I&M 
W Tamers Creek Units 1-3 (485 MW) IN 

Tamers Creek Uiiits 4 (500 MW) IN 

Clinch River Units 1-3 (690 MW) VA 

Glen Lyn Unit 5 (90 MW) and Unit 6 (235 MW) VA 

Kanawha River Uiiits 1 & 2 (400 MW) WV 

Sporn Uiiits 1 & 3 (290 MW) WV 

Conesville Uiiit 3 (165 MW) OH 

Kammer Units 1-3 (600 M W )  WV 

Musltingum River Units 1 & 3 (395 MW) OH 

Musltingum River Units 2 & 4 (395 MW) OH 

Picway Unit 5 (95 MW) OH 

Sporn Units 2 & 4 (290 MW) WV 

Sporn Uiiit 5 (440 MW) WV 

Big Sandy Unit 1 (278 MW) KY 

W 

APCO 

0 

W 

W 

AEP-Ohio 

W 

W 

W 

W 

W 

KPCO 
W 

Among this group of units are several that were impacted by the Consent Decree 

froin tlie previously settled NSR litigation. These units, and tlie dates by which, 
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according to tlie agreement, they must be retired, repowered (as highly thermally efficient 

combined cycle units), or retrofitted witli FGD and SCR systems (,cR/RR’y), are: 

0 Coiiesville Unit 3, by December 31,2012 

0 Spoiii Unit 5, by December 3 1 , 2013 

0 Muslingum River Units 1-4, by December 3 1 , 20 15 

0 A total of 600 MW from Spoi-n 1-4, Clinch River 1-3, Tanners Creek 1-3, or 
Kamnier 1-3, by December 31,2018. 

Prior IRP cycle evaluations of unit conditions and related criteria laid the 

groundwork for purposes of determining a potential sequence of unit retirements for 

subsequent resource planning purposes. This sequencing also assumed a “staggered and 

extended” implementation of then-anticipated U.S. EPA rulemalcing. Those dates 

typically had extended at least tlu-ougli this decade (1 2/20 19). 

However, with the new implementation dates contained in the recently issued 

CSAPR, as well as EGU MACT and CCR iules proposed in 201 1 , such sequencing now 

may not be achievable. All units will need to be controlled under the proposed EGU 

MACT rule by Januaiy 2015 (or, potentially, January 2016 should a one-year extension 

be granted for that purpose). This new rule may have established tlie retirement date for 

each uncontrolled unit, including Tamers Creek 1-3. Those units that would be able to 

operate with limited investment, such as I&M’s Tanners Creek 4, will not be retired to 

comply with tliese rules. 

5. Projected Capacity Position 

Exhibits 5-3 and 5-4 present the I&M and AEP System-East Zone capacity 

positions witli tlie specified retirements versus the projected PJM reserve margin 

requirement. The impact of any new non-contractedannounced capacity builds and 
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market purchases are shown as “New Fossil Fuel Generation (MW)” and “Annual 

Purchases (MW)”. The impact of additional Renewable Purchase Power Agreements 

(REPA) that would be required to minimally achieve mandated renewable energy 

(largely, wind) resources are shown as “New Renewable Generation (MW)”. Based on 

tlie assumptions mentioned, the capacity of the AEP System-East Zone would move to a 

deficit position beginning in 2014 without these additions whereas I&M has sufficient 

capacity until Tanners Creek 4 retires iii 2024. 

D. Supply-side Resource Screening (170 IAC 4-7-6(c) (1)-(2) and 170 EAC 4-7-7(a) 
and 170 IAC 4-7-S(4)) 

1. Capacity Resource Options 

In addition to market capacity purchase options, new-build options were modeled 

to represent peaking, intermediate, and baseload capacity needs. To reduce the number 

of modeling peimutations in Strategisto, the available technology options were limited to 

certain representative unit types. However, it is important to note that alternative 

technologies with comparable cost and performance characteristics may ultimately be 

substituted should teclmological or market-based profile changes warrant. The options 

assumed to be available for modeling analyses for the AEP System-East Zone are 

presented in Exhibit 3 of the Confidential Supplement. It is also iinpoi-taiit to note that 

AEP’s planning position for its East Zone is to take advantage of market opportunities 

when econoinical, both in the form of limited-teim bilateral capacity purchases from noli- 

affiliate sources and by way of available, discounted generation asset purchases. Such 

market opportunities could be utilized to hedge capacity planning exposures should they 

emerge and create (energy) option value to the Company. These opportunities could take 

the place of currently planned resources and will be evaluated on a case-by-case basis. 
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2. Supply-side Screening 

As identified iii Exhibit 3 of the Confidential Supplement, numerous new-build 

generating teclmologies were considered to address this coming need to consti-uct new 

capacity. However, in an attempt to reduce the problem size within the comprehensive 

Strategist@ modeling application, an economic screening process was used to analyze 

various options and develop a quantitative comparison for each type of capacity 

(baseload, intermediate, and peaking) on a forty-year, levelized basis. The options were 

screened by comparing levelized annual busbar costs over a range of capacity factors. 

hi this evaluation, each type of technology is represented by a line showing the 

relationship between its total levelized annual cost per 1Mr and ai1 assumed annual 

capacity factor. The value at a capacity factor of zero represents the fixed costs, 

including caiiying charges and fixed O&M, which would be incurred even if the unit 

produced no energy. The slope of the line reflects variable costs, including fuel, 

emissions, and variable O&M, wliich increase in proportion to the energy produced. 

All pealing technology options, for example, were compared to find the relative 

economic “best of class” to be used for purposes of further modeling within Strategist@. 

Screening curves for the peaking capacity types are shown on Exliibit 5-5. This chart 

suggests that the GE 7EA and 7FA turbines are generally more economical than the 

various aero-derivative machines up to a capacity factor range of 15-20%. Similar 

screening results are presented for intermediate capacity in Exhibit 5-6 and baseload 

capacity in Exhibits 5-7 and 5-8. A comparison of the best-in-class technologies is 

presented in Exhibit 5-9. 
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The best of class teclmology deteimined by this screening process was talteii 

foiward to tlie Sti~ategistO model. These generation technologies were intended to 

represent reasonable proxies for each capacity type (baseload, iiiteimediate, peaking). 

Subsequent substitution of specific teclmologies could occul in any ultimate plan, based 

on emerging economic or non-economic factors not yet identified. 

3. Coal Based Options 

Pulverized Coal (PC) plants are the workhorse of the U.S. electric power 

generation industry. In a PC plant, the coal is ground into fine particles that are blown 

into a furnace where combustion takes place. The heat from the combustion of coal is 

used to generate steam to supply a steam turbine that drives a generator to produce 

electricity. Major by-products of combustion include S02, NOx, C02, aiid ash, as well as 

various foiins of elements in tlie coal ash including mercury (Hg). The ash byproduct is 

often used 111 concrete, paint, and plastic applications. 

Steam cycle theimodynamics for the pulverized coal-fired units-which 

deteimines the efficiency of generating electricity- falls into one of two categories, 

subcritical or supercritical. Subciitical operatiiig conditions are generally accepted to be 

at up to 2,400 psig/1,00O0F superheated steam, with a single or double reheat systems to 

1,00O"F, while supercritical steam cycles typically operate at up to 3,600 psig, with 

1,000"F - 1,050"F main steam and reheat steam temperatures. AEP has recogiiized tlie 

benefits of the supercritical design for many years. All eighteen of the uiiits iii the AEP- 

East system built siiice 1964 have utilized the supercritical design, including APCo's 

Mountaineer Plant and Amos units 1,2, and 3. 
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There have been advances in the supercritical design over the years, and there are 

now commercial units operating at or above 3,600 psig and >1 , 100°F steam temperatures, 

luiown as ai1 ultra supercritical (USC) design. M P ’ s  Turk plant, which is currently 

under construction in Arkansas, is a new USC design. 

Tlie overall efficiency of the supercritical design is higher than the subcritical 

design by approximately 4% and USC design efficiency is higher than a supercritical 

design by approximately 4 to 5%. Additionally, the new variable pressure ultra 

supercritical units are projected to have an overall efficiency improvement tliroughout the 

entire load range, not just at full load conditions. 

Given the long time-horizons of most resource planning exercises, I W  processes 

must be able to consider new technologies such as Integrated Gasification Combined 

Cycle (IGCC). Tlie assessment of such technologies is based on cost and performance 

estimates from commonly cited public sources, consortia where AEP is actively engaged, 

and vendor relationships, as well as AEP’s own experience and expertise. 

IGCC is of particular interest to AEP in light of the abundance, accessibility, and 

affordability of high rank coals for tlie company-particularly in its eastern zone. IGCC 

technology with carbon capture has the potential to achieve the environmental benefits 

closer to those of a natural gas-fired plant, and thermal perfoimance closer to that of a 

combined cycle, yet with the low fuel cost associated with coal. The coal gasification 

process appears well-positioned for integration of ultimate carbon capture and storage 

technologies, which will be a critical measure in any future mitigation of greenhouse gas 

emissions associated with the generation of electricity. As an additional observation, the 

small number of IGCC equipment suppliers and few utility-scale facilities in commercial 
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operations worldwide means a large share of teclmology aiid performance risk falls 011 

owiiers, altliougli the on-going collaboratioii with technology developers may mitigate 

some of this risk. 

Tlie IGCC process employs a gasifier in which coal is partially combusted with 

oxygen and steam to form what is commonly called “syngas”-a combination of carbon 

moiioxide, methane, and hydrogen. Tlie syiigas produced by tlie gasifier then is cleaned 

to remove the particulate and sulfur compounds. Sulfur is converted to hydrogen sulfide 

and ash is converted into glassy slag. Mercury is removed in a bed of activated carbon. 

The syngas then is fixed in a gas turbine. The hot exhaust from tlie gas turbine passes to a 

heat recovery steam generator (HRSG), where it produces steam that drives a steam 

turbine as would a natural gas-fired combined cycle unit. 

IGCC enjoys Comparable thermal efficiencies to USC-PC. Its ability to utilize a 

wide variety of coals and other fuels positions it extremely well to address the challenges 

of maintaining an adequate baseload capability with efficient, low-emitting, low-variable 

cost generating technology. Further, IGCC is in a unique position to be pre-positioned 

for carbon capture as, unlike PC technologies, it has the ability to perform such capture 

on a “pre-combustion” basis. It is believed that this will ultimately lead to improved net 

thermal efficiency than would be required by PC technology utilizing post-combustion 

carbon capture technology. 

Another baseload fossil-fueled option, a Circulating Fluidized Bed Combustion 

(CFB) plant, is similar to a PC plant except that the coal is crushed rather than pulverized, 

and the coal is combusted in a reaction chamber rather than the furnace of a PC boiler. A 

CFB boiler is capable of burning bituminous and sub-bituminous coal plus a wide range 
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of fuels that cannot be accommodated by PC designs. These fuels include, coal waste, 

lignite, petroleum coke, a variety of waste fuels, and biomass. Units are sometimes 

designed to fire using several fuels, which emphasizes this technology’s major advantage: 

fuel flexibility. Coal is combusted in a hot bed of sorbent particles that are suspended in 

motion (fluidized) by combustion air blown in from below through a series of nozzles. 

CFB boilers operate at lower temperatures than pulverized coal-fired boilers. The energy 

conversion efficiency of CFB plants tends to be slightly lower than that of pulverized 

coal-fired counterparts of tlie same size and steam conditions because of higher excess air 

and auxiliaiy power requirements. 

CFB boilers capitalize on the unique characteristics of fluidization to control the 

combustion process, minimize NOx formation, and capture SO2 in situ. Specifically, SO;! 

is captured during the combustion process by limestone being fed into the bed of hot 

particles that are fluidized by the combustion air blown in from below. The limestone is 

converted into free lime, which reacts with the S02. Historically, the largest CFB unit in 

operation is 320 MW, but designs for units up to 600 MW have been developed by three 

of the major CFB suppliers. In July of 2009, tlie Lagisza Power Plant in Poland began 

commercial operations; the plant is the largest and first supercritical CFB in operation 

and is rated at 460 MW. AEP lias no commercial operating experience with generation 

utilizing circulating fluidized bed boilers but is familiar with the technology tlrougli prior 

research, including tlie Tidd pressurized fluidized bed demonstration project. Commercial 

CFB units utilize a subcritical steam cycle, resulting in a lower thermal efficiency. 
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4. Nuclear 

Altliougli new reactor designs and oiigoiiig improvements in safety systems make 

nuclear power an iiicreasiiigly viable option as a new-build alternative due to it being an 

emission-free power source, coiiceiiis about public acceptance/permitting (especially 

since the recent disaster in Japan), spent nuclear fuel storage, lead-time, high capital 

costs, aiid the i-islc of cost oveii-uiis continue to temper its consideration. For these 

reasons, among others, AEP does not currently view new nuclear capability as a viable 

option to meet the capacity resource needs of AEP System-East Zone within this forecast 

period (2012-203 1). However, both the economic aiid political viability of nuclear power 

and energy will continue to be explored given: 

0 I&M and MP-East zone’s ultimate need for baseload capacity; 

0 the cost and performance uncertainty surrounding the advancement aiid 
comnercialization of clean coal technology, notably, IGCC; 

0 the cost and performance uncertainty of carbon capture and storage technology; 

0 the continued push to address M P ’ s  carbon footprint and the mitigating impact 
additional nuclear power clearly would have in that regard; and 

0 the prospect of a federal Clean Energy Standard that would effectively embrace 
the introduction of nuclear generation. 

Growth in U.S. nuclear generation since 1977 has been primarily achieved 

through “uprating” - the practice of increasing capacity at an existing nuclear power 

plant. As of Jaiiuaiy 2010, the NRC had approved 124 uprates totaling 5,726 MW of 

capacity. That amount is equivalent to adding another five-to-six conventional-sized 

nuclear reactors to the electricity supply portfolio. 
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5. Natural Gas Combined Cycle (NGCC) 

hi NGCC plant coinbiiies a steam cycle and a combustion gas turbine cycle to 

produce power. Waste heat (-1,100”F) from oiie or more combustion turbines passes 

though a heat recovery steam generator (HRSG) producing steam. The steam drives a 

steam turbine generator wliich produces about one-third of the NGCC plaiit power, 

depending upon the gas-to-steam turbine design “platform,” while one of the combustion 

turbiiies produce the other two-thirds. 

The main features of the NGCC plaiit are high reliability, reasonable capital costs, 

operating efficieiicy (at 45-60% Low Heating Value), low emission levels, small 

footprint, and shorter constiuctioii period thaii coal-based plants. In the past 8 to 10 years 

NGCC plants were often selected to meet new iiiteirnediate and certain baseload needs. 

NGCC plants may be designed with the capability of being “islanded” which would 

allow them, in coiicert with an associated diesel generator, to perform system restoratioii 

(“black stai-t”) services. Although cycling duty is typically not a concein, an issue faced 

by NGCC when load-following is tlie erosion of efficiency due to an inability to maintain 

optimum air-to-fuel pressure and turbine exhaust and steam temperatures. Methods to 

address these include: 

e Installation of advanced automated controls. 

e Supplemeiital firiiig while at full load with a reduction in firing when load 
decreases. Wieii supplemeiital firiiig reaches zero, fuel to tlie gas turbine is 
cutback. This approach would reduce efficiency at full load, but would likewise 
greatly reduce efficieiicy degradation in lower-load ranges. 

0 Use of multiple gas turbines coupled with a waste lieat boiler that will give the 
widest load range with minimum efficiency penalty. 

6. Simple Cycle Combustion Turbines (NGCT) 
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In “industrial” or “fiame-type” combustion turbine systems, air compressed by an 

axial compressor (front section) is mixed with fuel and buiiied in a combustion chamber 

(middle section). The resulting hot gas then expands and cools while passing through a 

turbine (rear section). The rotating rear turbine not only runs the axial compressor in the 

hont section but also provides rotating shaft power to drive an electric generator. The 

exhaust from a cornbustion turbine can range in temperature between 800 and 1,150 

degrees Fahrenheit and contains substantial thei-rnal energy. A simple cycle combustion 

turbine system is oiie iii which the exhaust hom the gas turbine is vented to the 

atmosphere and its energy lost i.e., iiot recovered as in a combined cycle design. While 

not as efficient (at 30-35% LHV), they are, however, inexpensive to purchase, compact, 

and simple to operate. 

7. Aeroderivatives (AD) 

Aeroderivatives are aircraft jet engines used in ground installations for power 

generation. They are smaller in size, lighter weight, and can start and stop quicker than 

their larger industrial or “frame” counterparts. For example, the GE 7EA frame machine 

requires 20 minutes to ramp up to full load while the smaller LM6000 aeroderivative only 

needs 10 minutes from start to full load. However, the cost per 1W of an aeroderivative is 

on the order of 20% higher than a hame machine. 

The AD perfoiinance operating characteristics of rapid startup and shutdown 

make the aeroderivatives well suited to pealing generation needs. The aeroderivatives 

can operate at full load for a small percentage of the time allowing for multiple daily 

startups to meet peak demands, compared to frame machines which are more commonly 

expected to start up once per day and operate at continuous full load for 10 to 16 hours 
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per day. The cycling capabilities provide aeroderivatives the ability to backup variable 

renewables such as solar and wind. This operating characteristic is expected to become 

more valuable over time as: a) the penetration of variable renewables increase; b) 

baseload generation processes become more complex limiting their ability to load follow 

and; c) iiiteiinediate coal-fueled generating units are retired from commercial service. 

Aeroderivatives weigh less than their industrial counterparts allowing for slud or 

modular installations. Efficiency is also a consideration in choosing an aeroderivative 

over an industrial turbine. Aeroderivatives in the less than 100 MW range are more 

efficient and have lower heat rates in simple cycle operation than industrial units of 

equivalent size. Exhaust gas temperatures are lower in the aeroderivative units. 

Some of the better lulowii aeroderivative vendors and their models include GE's 

LM series, Pratt & Wliitney's FT8 packages, and the Rolls Royce Trent and Avon series 

of machines. 

8. Wind 

Wind is currently the fastest growing forin of electricity generation in the world. 

Utility wind energy is generated by wind turbines with a range 1.0-to-2.5 MW, with a 1.5 

MW turbine being the most common size used in commercial applications today with 

over 40,000 MW of wind online in the United States as of February 201 1. Typically, 

multiple wind turbines are grouped in rows or grids to develop a wind turbine power 

project which requires only a single connection to the transmission system. Location of 

wind turbines at the proper site is particularly critical from the perspective of both the 

existing wind resource and its proximity to a transmission system with available capacity. 
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Ultimately, as turbine production increases to match the significant increase in 

demand, the high capital costs of wind generation should begin to decline. Currently, tlie 

cost of electricity from wind generation is becoming competitive within AEP-East due 

largely, however, to subsidies, such as tlie federal production tax credit as well as 

consideration given to REC values, anticipated rising fuel costs or future carbon costs. 

A drawback of wind is that it represents a variable source of power in most non- 

coastal locales, with capacity factors ranging from 30 to 45 percent; thus its life-cycle 

cost ($/MWh), excluding subsidies, is typically Iiiglier than the marginal (avoided) cost of 

energy, in spite of wind’s zero dollar fuel cost. Another obstacle with wind power is that 

its most critical factors (i.e., wind speed and sustainability) are typically highest in veiy 

remote locations, and this forces the electricity to be transmitted long distances to load 

centers necessitating tlie buildout of EHV transmission to optimally integrate large 

additions of wind into the grid. 

9. Solar 

Solar power takes a couple of viable forms to produce electricity: concentrating and 

photovoltaics. Concentrating solar - which heats a working fluid to temperatures 

sufficient to power a turbine - produces electricity on a large scale (100 MVII) and is 

similar to traditional centralized supply assets in that way. Photovoltaics produce 

electricity on a smaller scale (2 kW to 20 MW per installation) and are distributed 

throughout the grid. In AEP-East, solar has applications as both large scale and 

distributed generation. The appeal of solar is broad and recent legislation in Ohio has 

made its pursuit mandatoiy subject to rate impacts, beginning in 2009. Solar 

photovoltaics are represented in this IRP based on this solar requirement being met in 
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Ohio. However, the amounts of solar prescribed in the law, while substantial, will not 

have a significant effect 011 the timing or amount of other supply assets witliin a twenty- 

year forecast pei-iod. 
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6) ENVIRONMENTAL COMPLIANCE 

\ 
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6. Environmental Compliance 

A. Introduction 

In suppoi-t of requirements found in 170 LAC 4.7.4(8), 170 IAC 4.7.6(a)(4), 170 

IAC 4.7.6(~)(2)-(3), 170 IAC 4.7.8(§), and 170 IAC 4.7.8(9), tlie followiiig iiifoimation 

provides background on both curreiit and future enviroimental regulatoiy compliance 

plan issues with the AEP system. AEP’s goal in the development of the integrated 

resource and compliance plan is to develop a comprehensive plan that iiot only allows 

AEP and I&M to meet the future resource needs of the Company in a reliable maimer, 

but also to meet increasingly more stringent environmental requireinelits in a cost 

effective manner. 

B. Solid Waste Disposal 170 LAC 4-7-6(a)(4)(B) 

Roclcport has an aggressive pollution prevention plan for solid waste generated. 

coal combustion by-products (CCBs), comprised of bottom ash captured in the boiler and 

fly ash captured in the electrostatic precipitator (ESP), which totaled approximately 

539,702 tons of material in 2010. Prior to 2010, fly ash was produced aiid marketed for 

reuse in applications that include flowable fill, ready mix concrete, raw feed for cement 

manufacture, and structural fills. Fly ash sales ceased begimiiig in 2010 because the 

activated carbon injection system (ACI) to control mercury was placed into service. Ash 

sales could potentially resume in the future if cost-effective methods are developed to 

lessen the effect of activated carbon on the fly ash propei-ties for reuse. Fly ash is 

disposed of at the on-site landfill peinitted by tlie Indiana Department of Environmental 

Management (IDEM). The landfill is underlain with clay, has a groundwater monitoring 

well system that is sampled to understand any releases to the groundwater, and stoim- 
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water i-uiioff collection aiid treatment system, with discharge regulated by an IDEM- 

issued National Pollutant Discharge Elimination System (NPDES) pei-mit. Unused 

bottom asli is stored for future use in a pond also regulated by an IDEM NPDES peimit. 

Tamers Creek uses a wet system for all ash handling. Fly as11 from all units is 

sluiced to a fly ash pond southeast of the plant. The pond is underlain with a 20-mil PVC 

liner and is equipped with ground-water monitoring wells. Bottom ash from Units 1-3 is 

sluiced to the auxiliaiy ash pond. Unit 4 boiler slag is sluiced to a reclaim pond adjacent 

to that unit. Boiler slag is excavated and utilized on a regular basis by an on-site sales 

contractor. In 2010, CCBs comprised of fly asli, bottom asli, and boiler slag, generated at 

tlie plant totaled about 152,881 tons. Effluent from the fly ash, auxiliary, and reclaim 

ponds is routed to the main ash pond for further treatment prior to discharge to tlie Ohio 

River in accordance with the plant's NPDES permit. The landfill at Tamers Creek was 

recently expanded, with the intention of allowing tlie landfill to continue accepting CCBs 

at Tamers Creek for another 10 years. 

Tlie US Environmental Protection Agency (EPA) is also reviewing the current 

rules regarding the treatment of CCBs, which may affect haiidling aiid disposal of CCBs 

in the future. The EPA issued a proposed Coal Combustion Residuals Rule (CCR) in 

June 2010 and a final rule is expected to be available by the end of 2012. Discussion of 

this rule is available in more detail in part L of this section of the IRP. 

Non-hazardous solid wastes from Roclport aiid Tamers Creek are disposed at 

permitted municipal solid waste landfills. Numerous non-hazardous and hazardous 

wastes are recycled, including everything from paper and cardboard to batteries aiid used 

mercury. 
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Typical solid wastes for hydros include trash, solvents, aiid hydraulic fluid, which 

are recycled or properly disposed using licensed vendors. 

C. Hazardous Waste Disposal 170 LAC 4-7-6(a)(4)(C) and (D) 

Rockport is typically a small-quantity generator of hazardous waste, such as parts 

washer by-products, batteries, light bulbs, and paints. The plant recycles light bulbs and 

batteries. Rockport has significantly reduced the amount of solvents generated in the 

parts washers by purchasing its own equipment aiid processing its own non-hazardous 

solvents. 

Tamers Creek is typically a conditionally exempt small quantity generator of 

hazardous wastes, including paints and paint-related waste, mercuiy waste, light bulbs, 

batteries, and excess/outdated chemicals. The plant recycles light bulbs, batteries and 

mercury waste. 

For the hydro facilities, hazardous waste is transferred to the Twin Branch hydro 

in Mishawalta, Indiana and stored until disposal by a licensed hazardous waste contractor. 

Noirnal variation in monthly waste generation altemates the facility’s status between 

conditionally exempt (typically) to small quantity generator (occasionally). Universal 

wastes such as lighting and batteries are disposed by third-party vendors from the 

facilities. 

D. Air Emissions 170 TAC 4-7-6(a)(4)(A) 

There are numerous air regulations that have been promulgated or that are under 

development, which will apply to I&M facilities, specifically the coal-fired Tamers 

Creek aiid Rockport plants. Currently, air emissions from both plants are regulated by 

Title V operating permits that incorporate the requirements of the Clean Air Act (CAA) 
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and the Iiidiaiia State Implementation Plan (SIP). Other applicable requirements include 

those related to the CSAPR and the NSR Consent Decree. Several air regulatory 

programs are under development and will apply to both Rockport and Tanners Creek 

plants, including those related to the regulation of hazardous air pollutants (HAPS) and 

greenhouse gases (GHG). 

Potential air emissions at the Roclport Plaiit are reduced tlu-ough the use of 

electrostatic precipitators (ESPs), low sulfur coal, low NO, burners and over-fire air 

(OFA), as well as a dry fly-ash handling system. An activated carbon injection system to 

reduce mercuiy emissions at the Rockport, as approved in IURC Cause No. 43636 is also 

installed. Tanners Creek controls air emissions tlu-ough the use of ESPs, low sulfur coals, 

low NOx combustion systems, and a wet fly-ash handling system. Also, as approved in 

IURC Cause No. 43636, selective iion-catalytic reduction (SNCR) systems at Tanner’s 

Creek Units 1-3 are used to reduce NO, emissions. 

I&M is a party to tlie Interim Allowance Agreement, Modification 1 , effective 

1996. Through this agreement, I&M jointly purchases SO2 allowances procured for tlie 

mP System-East Zone’s (AEP-East) compliaiice. Additionally, any SO2 allowance 

excesses or shortages are sold or purchased to the other parties to the agreement if 

needed. 

Environmental regulatioiis have expanded beyond those covered by the IAA. For 

example, the IAA does iiot cover the allowance program established for emissions of 

nitrogen oxides (NO,). In addition, evolving environmental regulations will likely 

require unit-specific, rather than system-wide, solutioiis. For these reasons, the IAA will 

likely be terminated, as described in Section 1. 
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E. Environmental Compliance Programs 170 LAC 4.7.4(8) 

1. Title IV Acid Rain Program 

The Title IV Acid Rain Program rules were developed in response to the Clean 

Air Act Amendments (CAAA) of 1990 and required state eiivironmental agencies to 

promulgate d e s  implementing the Federal program. The Indiana State Title IV program 

was established by incorporating federal acid rain regulations by reference in Indiana 

Adniinistrative Code 326 IAC 21, which created calendar year based compliance 

programs for reducing sulfur dioxide (SOz) and nitrogen oxides (NO,). 

The acid rain NO, reductioii program was also implemented using a two-phase 

approach, with the first phase becoming effective in 1996 and the second phase in 2000. 

Under the NO, reduction program, the acid rain rules established annual NO, rates that 

varied depending on boiler-type. However, the rules allowed companies to comply with 

the Title IV NO, standards by using system wide averaging plans. Roclport employed 

the combined use of low NO, burners and sub-bituminous coal to reduce NO, emissions, 

while low NO, buiiiers were installed at Tamers Creek boilers in response to the Title IV 

NO, program. 

2. Indiana NO, Budget Program State Implementation Plan (SIP) Call 

In addition to the Title IV NO, reduction program, the Indiana NO, Budget 

Program State Implementation Plan (SIP) Call was designed to reduce the interstate 

transport of NOx emissions that were deteimiiied to significantly impact downwind 

ozone concentrations. For those states opting to meet tlie obligations of the NO, SIP call 

through a cap and trade program, EPA included a model NO, Budget Trading Program 

rule (40 CFR 96), which was developed to facilitate cost effective emissions reductions 
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of NO, fi-om large stationaiy sources. The NO, SIP Call d e s  generally required electric 

generating units (EGUs) to reduce NO, emissions to a level roughly equivalent to a 0.15- 

lb /Mmtu  emission rate, applicable during the ozone season that ixiis from May 1st 

through September 30th each year. The initial compliance deadline for the NO, SIP Call 

emission reductions was May 3 1 , 2004. The SIP Call utilized an emissions allowance 

system that allowed AEP and I&M to comply with the rates by the most cost-effective 

method, which was either to iiistall control technology, purchase allowances, or a mix of 

both. 

Planning for the NO, SIP Call allowances aiid emissions was perfoimed for I&M 

and AEP-East utilizing the IRP process, review of emissions and control effectiveness, 

allowance availability, NO, market prices aiid proposed regulatoiy changes. Projected 

emissions, including any future changes to the NO, reduction effectiveness, were 

compared to the available allowance inventory iiicludiiig any potential effects of 

progressive flow control and projected inventory to deteimiiie the amount of allowaiices 

that were required to ensure compliance. Flow control provisions were included in the 

NO, SIP Call to discourage extensive use of banked allowances in a particular ozoiie 

season. Flow control was triggered if the total number of banked allowances fi-om all 

sources exceeded 10 percent of the region-wide NO, emissions budget. Begiimiiig in 

2009 with the commencement of CAIR, the NO, Budget SIP Call Program and 

progressive flow coiitrol ended. 

3. Clean Air Interstate Rule (CAIR) 

On March 10, 2005, the EPA amouiiced the CAIR, which called for significant 

reduction of SO2 and NO, from EGUs. The CAIR program incoi-porated three cap-and- 
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trade programs: an ozone season NO, reduction program that replaced tlie NO, SIP Call 

program, aii ailurual NO, reduction program, and an aimual SO2 reduction program that 

was administered through the Title IV Acid Rain Program. In order for I&M to have 

maintained sufficient allowances to be compliant with tlie CAIR, it was plaruied on being 

iiecessaiy to purchase a sigiiificaiit number of allowances on an ailurual basis. 

On July 11 thy 2008, tlie District of Columbia Circuit Court of Appeals issued a 

ruling vacating the CAIR and remanding the i-ule back to the EPA for revision. However, 

on December 23, 2008, tlie Court indicated in a second i-uling that the CAIR was being 

remanded to EPA for revision and was not being vacated. Planning for compliance at 

this time for CAIR was necessaiy, but tlie company was mindful that more stringent and 

restrictive emission policies would likely be the result of the revision. 

4. New Source Review Settlement 

On October 9, 2007 AEP entered into a consent decree with the Department of 

Justice to settle all complaints filed against AEP and its affiliates of which I&M is 

included. I&M is bound by this decree to retrofit an SCR aiid FGD on Roclport Units 1 

and 2 by December 31, 2017 and December 31, 2019, respectively. In addition, it was 

agreed that Tamers Creek Units 1-3 and Tanners Creek 4 would only burn coal with 

sulfur content no greater than 1.2 lb / im Btu on an average aruiual basis. These fuel 

restrictions are consistent with the current coal supply at these units. 

The NSR Consent Decree also contaiiis annual NO, and SO2 caps for the AEP 

These aruiual caps are operated coal units for AEP-East, of which I&M is a part. 

displayed in Figure 6- 1 aiid 6-2. 
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Calendar Year Annual Tonnage Limitations for NO, 
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tlie retrofit of Tamers Creek Units 1-3 with SNCR technology. 
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5. Cross State Air Pollution Rule (CSAPR) 
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The EPA proposed and published a replacement for the Clean Air Interstate Rule 

(CAIR) in the form of tlie Clean Air Transport Rule (CATR) 011 August 2, 2010 and 

finalized that rule on July 7, 2011 as tlie CSAPR. The CSAPR is inore stringent iii its 
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final form than as the CATR and CAIR. 

Twenty-eight (28) states are covered by the new mle. All states in which AEP 

owns and/or operates power plants are included in at least one of the CSAPR progranis. 

Indiana, Kentucky, Michigan, Ohio, Texas, Virginia and West Virginia fall under all the 

programs regulating annual S02, and both annual and seasonal NO,. Arkansas, 

Louisiana and Oklahoma fall under the CSAPR seasonal NO, program only. 

CSAPR has an initial compliance phase deadline for the SO2 and NOx programs 

beginning on January 1, 2012 (“Phase 1”). A second, more stringent compliance phase 

for SO2 emissions limits (only) will take effect beginning on January 1, 2014 (“Phase 2”). 

Prescribed Annual and Seasonal NO, emission limits, however, will remain 

approximately at “Phase 1” levels in 2014. Figure 6-3 displays the unit specific 

allocations to impact I&M generating facilities under each phase. 

In October 201 1 , the Federal EPA released a supplemental proposed iule revising 

portions of the final CSAPR. The proposed rule would correct errors in unit-specific 

assumptions and make available additional allowances in ten states, including Louisiana 

and Texas, and provide additional allowances for the new unit set aside in Arkansas. In 

addition, the proposed rule would amend the allowance trading assurance provisions 

which restrict interstate trading of allowances, malting them effective Januaiy 1 , 20 14 

instead of January 1,2012. 
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CSAPR SO2 and NO, Allowances Allocated to Indiana Michigan Power Company5 

Rockport Unit 1 
Rockport Unit 2 

Tanners Creek Unit 1 

Tanners Creek Unit 2 
Tanners Creek Unit 3 

Tanners Creek Unit 4 

Ozone Season 
SO2 1 AnnualNO, I NO, 

2012 2014 2012 2014 2012 2014 

21,292 11,776 7,883 7,788 3,316 3,265 

19,923 11,019 7,376 7,288 3,148 3,100 

1,980 1,095 733 724 295 290 

1,920 1,062 71 I 702 311 3 07 

2,634 1,457 975 963 424 418 

5,819 3,219 2,154 2,129 1,058 1,042 

F. Future Environmental Rules 

Several environmental regulations have been proposed that will apply to the 

electricity generating sector once finalized. The following is not meant to be 

comprehensive, but lists some of the major issues that will need to be addressed over the 

forecast period. 

1. Coal Combustion Residuals (CCR) Rule 

The EPA proposed this iule in Julie 2010, with a filial iulemaling anticipated in 

late 2012, to address the management of residual byproducts from the combustion of coal 

in power plants (coal ash) and captured by emission control technologies. The proposed 

rule iiicludes specific design and monitoring standards for new and existing landfills and 

surface impoundments, as well as measures to ensure and maintain the structural integrity 

of surface impouiidment/ponds. The proposed CCR iulemaltiiig may require the 

conversion of most “wet” ash impoundments to “diy” ash landfills, the relining or closing 

5 Note: On Oct. 6,2010 EPA announced proposed revisions to CSAPR that would result in slight 
modifications to the SO2 and NOx budgets. These revisions have not been finalized and are not included in 
the table above. 
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of any remaining ash impoundment ponds, and the consti-uction of additional waste water 

treatment facilities by approximately January 1 , 201 8. Even if these residual inaterials 

are categorized as “Subtitle D,” or non-hazardous inaterials‘---each and eveiy coal unit in 

the AE!,P fleet, including all APCo coal facilities, would require plant modifications and 

capital expenditures to address CCR requirements. 

2. EGU MACT Rule 

To replace the federal court vacated Clean Air Mercury Rule (CAMR), the EPA 

proposed a i-ule in March 201 1 designed to reduce and regulate emissions of mercury and 

other toxic metals and acid gases at electric generating units by using maximuin 

achievable control technology (EGU MACT) emission standards. The Clean Air Act 

(CAA) requires compliance within 3 years after the issuance of this fmal rulemalung, 

which in this case, would be at approximately the end of 2014, but also provides a one 

year extension which could potentially delay implementation to the end of 2015 if 

specific criteria are satisfied. The proposed EGU MACT emission limits will require the 

installation of emission control equipment, such as flue gas desulfurization (FGD) 

selective catalytic reduction (SCR) technology, dry sorbent injection (DSI), and activated 

carbon injection (ACI) on coal-fired utility units, as well as the performance of upgrades 

to some existing emission control systems in order to achieve the required emission rates. 

EPA is expected to finalize the i-ule by December 16,201 1. 

In anticipation of these requirements, AEP and I&M successfully tested the ability 

of activated carbon injection (ACI) to mitigate mercury emissions at the Rockport plant 

6 As set forth under the current Resource Conservation and Recovery Act (RCRA) 
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in the spring of 2006. In Febi-uaiy of 2009, after already having had incuired a 

sigiiificaiit portion of the capital investment, I&M filed for a Certificate of Public 

Coiiveiiieiice aiid Necessity (CPCN) for cost recovery of a permanent ACI system to be 

installed at the Roclpoi-t Plant. The CPCN was granted by the IURC in Cause No. 43636 

in July of 2009. 

3. Clean Water Act “316(b)” Rule 

A proposed i-ule for the Cleaii Water Act 3 16(b) was issued by the EPA on March 

28, 2011 and final ruleinalting is expected mid-2012. The proposed iule prescribes 

technology standards for cooliiig water iiitalte structures that would decrease interference 

with fish and other aquatic organisms. Given that I&M’s Rockport units are already 

equipped with natural draft, hyperbolic cooling towers, the most significant potential 

impact of the proposed i-ule would be the need to iiistall additional fish screening at the 

front of the water iiitalte sti-ucture. As proposed, compliance requirements for the 

Tamers Creek units aiid DC Cook Nuclear Plant would to be determined based on a site- 

specific study. The impleinentatioii schedule for tliis i-ule could extend late iiito this 

decade due to the site specific nature of the permitting process. 

4. Greenhouse Gas (GHG) Regulations 

For many years, the potential for requirements to reduce GI-IG gas emissions, 

includiiig carbon dioxide (COz), has been one of the most significant sustainability issues 

facing APCo and AEP. AEP and I&M have relied on coal for a number of reasons: coal 

provides an affordable, reliable, aiid sustainable source of energy; AEP and I&M are 

located in close proximity to the natioii’s coal supply; AEP and I&M have a legacy in 

coal-fired generation as demonstrated by the huge investments made and the engineering 
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and operational expertise developed over more than a centuiy. As a result, coal is 

expected to remain a key part of AEP’s fuel portfolio for inaiiy years to come. AEP is 

one of the largest coiisuiners of coal in the Western Hemisphere and coal currently 

accounts is the major portion of the generation portfolio. 

AEP supports a legislative approach to resolve the GHG issue rather than a 

regulatoiy approach. Without a regulatoiy driver, a31 investment to develop GHG control 

technologies is too significant to justify the capital cost and iisk. Given that there are 

currently no cost-effective post coinbustion control technologies or best achievable 

retrofit technology (BART) available for GHG einissions, future standards are anticipated 

to focus on energy efficiency opportunities. Such GHG legislation from Congress is not 

expected in the next few years. 

G. I&M Environmental Compliance 

This 2011 IRP considered filial and proposed EPA regulations. Iii addition, the 

IRP development process assumed there will be future legislation to control GHG/C02 

emissions which would become effective at some point in the 2022 timeframe. Emission 

compliance requirements have a major influence on the coiisideration of new supply-side 

resources for inclusion in the IRP because of the potential significant effects on both 

capital and operational costs. Moreover, the cuinulative cost of complying with these 

ides  will ultimately have aii impact on proposed retirement dates of existing coal-fueled 

units that would otlieivise be forced to install emission control equipment. 

Major near-teim challenges relate to the development and implementation of a 

new compliance plan to comply with stringent implementation time periods for CSAPR 

(beginning January 2012) and for the EGU MACT rule (expected beginning January 
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2015). For iiistaiice, AEP has engineered and coiistiucted nine FGD systems over the 

past decade. This experience indicates that approximately 52-56 months is required to 

peiinit, design aiid engineer, construct aiid commission such a system. This timeframe 

approaches five years or more wlieii also coiisidering any up-fi-ont regulatoiy (i. e. , 

“need”) approvals required. 

Also complicatiiig the lack of flexibility 011 compliance timefrarnes is the fact that 

EPA established inore striiigeiit SO2 aiid NO, state (emission) allowaiice budgets in the 

final CSAPR than it proposed in August 2010. AEP and I&M have evaluated possible 

emissioii mitigation strategies for complying with CSAPR, iiicluding including: 

o low-cost and quick-to-install environmental retrofits options; 

o fuel switching options (to lower sulfur-content coals and repowering to 
iiatural gas); and 

e dispatch optimization options (iiicluding the possibility of unit generation 
cui-tailments) 

Any historical allowances from CAIR will expire at the end of 2011, and be 

replaced by the allowance market created under the CSAPR. If it is ecoiiomical and the 

market supply is available, I&M will purchase allowances for einissions above their 

allocations under CSAPR. 

I&M is cui-rently obligated by the NSR Consent Decree to install SO2 and NO, 

controls at Roclcpoi-t Unit 1 by the end of 2017 and at Rockcport Unit 2 by the end of 

2019. The CSAPR aiid EGU MACT Rule will accelerate that requirement significantly. 

I&M analysis of the EPA’s final CSAPR indicates that, at a minimum, one uiiit at the 

Roclcport Plant will be required to have an FGD installed by Januaiy 1, 2012 to avoid 

having to cui-tail generation. Under the proposed EGU MACT, I&M would be required 

to iiistall additional enviromeiital controls at the Roclcport Plant by Januaiy 1, 2015 or 
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one year later if the EPA grants a compliance extension. The short compliance deadline 

required by the proposed EGU MACT Rule is clearly a challenge for implementing 

additional emission control retrofit projects at Rockport in a timely manner. 

On August 1, 201 1, I&M filed in Cause No. 44033 a request for a Certificate of 

Public Need and Necessity indicating that the best course for I&M customers and for 

I&M compliance is to install a FGD and SCR at one of the Rockport units. It is also 

indicated that it will be necessary to significantly curtail operations at the Roclport and 

Tanners Creek facilities to limit emissions for compliance with the CSAPR until 

environmental controls can be installed. In addition to the environmental projects at 

Rockport, the retirements of Tanners Creek units 1 through 3 will accelerate to December 

31,2014. 

In summary, AEP has conducted a series of reviews to evaluate the cost 

effectiveness of its air emissions control strategy in complying with existing and 

anticipated environmental regulations. The economic analyses performed indicate that an 

FGD and SCR at one of the Roclport units, as well as the accelerated retirement of 

Tanners Creek Units 1 througli 3, are part of a least cost compliance plan. AEP is 

actively undertaking implementation of this compliance plan for I&M to meet proposed 

and final EPA regulations. 

H. Roclport and Tanners Creek Air Emissions 

Ln accordance with requirements found in 170 IAC 4-7-6(a)(4)(A), projections of 

S02, NOx, mercury, and C02 emissions are provided in Exhibit 2 of the Confidential 

Supplement. 
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7) ELECTRIC TRANSMISSION FORECAST 
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7. Electric Transmission Forecast 

A. General Description (170 ZAC 4-7-4(12)) 

The easteiii Transmission System (eastei-n zone) consists of the traiismission 

facilities of the seven eastern AEP operating companies. This poi-tion of the 

Traiisinissioii System is composed of approximately 15,000 miles of circuitiy operating 

at or above 100 1V. The eastein zone iiicludes over 2,100 miles of 765 1V overlaying 

3,800 miles of 345 1V and over 8,800 miles of 138 1V circuitry. This expansive system 

allows AEP to economically aiid reliably deliver electric power to approximately 24,200 

MW of customer demand connected to the eastern Transmission System that takes 

transmissioii seivice under the PJM open access traiisrnission tariff. 

The eastei-n Transmission System is the most integrated traiismission system in 

the Eastein Interconnection. These interconnections provide an electric pathway to 

facilitate access to off-system resources and serve as a delivery mechanism to adjacent 

companies. The entire eastern Transmission System is located within the ReliabilityFi’i~t 

(WC) Regional Entity. On October 1, 2004, AEP’s eastern zone joined the PJM 

Regional Transmission Organization, and now participates in the PJM markets. 

As a result of the eastern Transmission System’s geographical location and 

expanse as well as its numerous interconnections, the eastern Traiismission System can 

be iiiflueiiced by both internal and external factors. Facility outages, load changes, or 

generation redispatch on neighboring companies’ systems, in combination with power 

transactions across the interconnected network, can affect power flows on AEP’s 

transmission facilities. As a result, the eastei-n Transmission System is designed and 

operated to perform adequately even with the outage of its most critical transmission 
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elements or the unavailability of generation. Tlie eastern Transmission Systeni confoims 

to the NERC Reliability Standards and applicable RFC standards and perfoiinance 

cri tei-i a. 

AEP’s eastem Transmission System assets are aging. Therefore, in order to 

maintain reliability, significant investments will have to be made over the next ten years. 

Despite the robust nature of the eastern Transmission System, certain outages 

coupled with extreme weather conditions and/or power-transfer conditions can 

potentially stress the system beyond acceptable limits. The most significant transmission 

enhancement to the eastern AEP Transmission System over tlie last few years was 

completed in 2006. This was the construction of a 90-mile 765 I V  transmission line 

from Wyoming Station in West Virginia to Jacltsons Ferry Station in Virginia. In 

addition, EHVh 38 1V transformer capacity has been increased at various stations across 

the eastem Transmission System. 

Over the years, AEP, and now PJM, entered into numerous study agreements to 

assess tlie impact of tlie connection of potential merchant generation to the eastem 

Transmission System. Currently, there is more than 26,000 MW of AEP System-East 

generation and approximately 6,000 MW of additional merchant generation connected to 

the eastern Transmission System. AEP, in conjunction with PJM, has interconnection 

agreements in the AEP service tell-itoiy with several merchant plant developers for 

approximately 1,000 MW of additional generation to be connected to the eastern 

Transmission System over the next several years. There are also Significant amounts of 

merchant generation under study for potential interconnection. 

Tlie integration of the merchant generation now connected to the easteiii 
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Transmission System required incremental transmission system upgrades, such as 

installation of larger capacity transfoimers and circuit breaker replacements. None of 

these merchant facilities required major transmission upgrades that significantly 

increased the capacity of the transmission network. Other transmission system 

enhancements will be required to match general load growth aiid allow the coimection of 

large load customers and any other generation facilities. In addition, transmission 

modifications may be required to address changes in power flow pattenis and changes in 

local voltage profiles resulting from operation of the PJM and Midwest IS0  markets. 

The retirement of Conesville units 1 and 2 in 2006 and the anticipated retirement 

of Conesville Unit 3 in 2012 will result in the need for power to be transmitted over a 

longer distance into the Columbus, Ohio metro area. In addition, these retirements will 

result in the loss of dynamic voltage regulation. Since there is very little baseload 

generation in central Ohio, these retirements could be significant. The retirement of these 

units could require the addition of dynamic reactive compensation such as a Static VAR 

Compensator (SVC) device within the Columbus metro area. Within the eastei-n 

Transmission System, there are two areas in particular that could require significant 

transmission enhancements to allow the reliable integration of large generation facilities: 

o Southei-n Indiana-there are limited transmission facilities in soutliei-n Indiana 
relative to the AEP generation resources, and generation resources of others in the 
area. Significant generation additions to AEP’s transmission facilities (or 
connection to neighbor’s facilities) will likely require significant transmission 
enhancements, including Extra-High Voltage (EHV) line construction, to address 
thermal and stability constraints. The Joint Venture Pioneer Project would 
address many of these concerns. 

o Megawatt Valley-the Gavin/Amos/Mountaineer/Flatliclc area cun-eiitly has 
stability limitations during multiple transmission outages. Multiple overlapping 
transmission outages will require the reduction of generation levels in this area to 
ensure continued reliable transmission operation, although such conditions are 
expected to occur infrequently. Significant generation resource additions in the 
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GavidAinos/Mountaineer/Flatlick area will also influence these stability 
constraints, requiring traiisinissioii enhancements-possibly iiicluding ’ tlie 
construction of EHV lines and/or the addition of multiple large transformers- to 
more fully integrate the transmission facilities in this generation-rich area. 
Thelma1 constraints will also need to be addressed. 

Fui-thermore, even in areas where the transmission system is robust, care must be 

taken in siting large new generating plants in order to avoid local transmission loading 

problems and excessive fault duty levels. 

The transmission line circuit miles in Indiana include approximately 600 miles of 

765 lV,  1,380 miles of 345 lV,  and 1,430 miles of 138 1tV lines, as well as over 400 

miles of 69 1V and approximately 600 miles of 34.5 1V lines. Confidential Exliibit 7 

displays a map of the entire AEP System-East Zone transmission grid, iiicluding I&M. 

B. Transmission Planning Process (170 IAC 4-7-4(10), ( l l ) ,  (13); 4-7-6(d) (2) and 
170 LAC 4-7-4(13)) 

AEP and PJM coordinate the planning of the transmission facilities in the AEP 

System-East Zone through a “bottom up/top down” approach. AEP will continue to 

develop transmission expansion plans to ineet the applicable reliability criteria in support 

of PJM’s transmission planning process. PJM will incorporate AEP’s expansion plans 

with those of other PJM member utilities and then collectively evaluate tlie expansion 

plans as part of its Regional Transmission Expansion Plan (RTEP) process. The PJM 

assessment will ensure consistent and coordinated expansion of the overall bulk 

transmission system within its footprint. Tu. accordance with this process, AEP will 

continue to take the lead for tlie planning of its local transmissioii system under tlie 

provisions of Schedule 6 of tlie PJM Operating Agreement (OA). By way of the RTEP, 

PJM will eiisure that transmission expansioii is developed for the entire RTO footprint 

via a single regional planning process, assuring a consistent view of needs and expansion 
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timiiig while minimizing expenditures. Wlien the RTEP identifies system upgrade 

requirements, PJM detem-niines the individual member’s responsibility as related to 

construction aiid costs to implement the expansion. This process identifies the most 

appropriate, reliable and econoniical integrated traiismission reiiiforcemeiit plan for the 

entire region while blending the local expei-tise of the transmission owners such as AEP 

with a regional view and formalized open stakeholder input. 

AEP’s traiismission planning criteria is coiisisteiit with NERC and ReliabilityFirst 

reliability standards. The AEP planning criteria are filed with FERC annually as part of 

AEP’s FERC Form 715 (Confidential Exhibit 4) and these planning criteria are posted on 

the AEP ~ e b s i t e . ~  Using these criteria, limitations, constraints aiid future potential 

deficiencies on the AEP transmission system are identified. Remedies are identified and 

budgeted as appropriate to ensure that system eidiancements will be timed to address the 

anticipated deficiency. 

PJM also coordiiiates its regional expansion plan on behalf of the member utilities 

with the neighboring utilities and/or RTOs, including the Midwest ISO, to eiisure inter- 

regional reliability. The Joint Operating Agreement between PJM aiid the Midwest IS0 

provides for joint transmission planning. 

C. System-Wide Reliability Measure (170 IAC 4-7-4 (15); 4-7-6(a) (6) (B) and (C); 
4-7-6(d) (2)) 

At the present time, there is no single measure of system-wide reliability that 

covers the entire system (transmission, distribution, and generation). However, in 

~http:~/www.aep.com/abo~it/codeofconduct~OASIS/TransmissionS~dieslG~iideLinesl2O 1 1 %2OAEP%2OPJ 
M%20FERC%207 1 5-Final-Part%204.pdf 
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practice, traiismission reliability studies are conducted routinely for seasonal, near term, 

and long-teim horizons to assess the anticipated perfoimance of the traiismissioii system. 

The reliability impact of resource adequacy (either supply or demand side) would be 

evaluated as an iidiereiit part of these overall reliability assessments. If reliability studies 

indicate the potential for inadequate traiismission reliability, transmission expaiisioii 

alternatives andor operational remedial measures would be identified. 

D. Evaluation of Adequacy for Load Growth (170 ZAC 4-7-4(14); 4-7-6(a) (6) (A-C); 
4-7-6(d) (1)) 

As pai-t of the on-going near-tendlong-teiin plaimiiig process, AEP uses the latest 

load forecasts aloiig with infoiination 011 system configuration, generation dispatch, and 

system transactions to develop models of the AEP traiismission system. These models 

are the foundation for conducting performance appraisal studies based on established 

criteria to determine the potential for overloads, voltage problems, or other unacceptable 

operating problems under adverse system conditions. Whenever a potential problem is 

identified, AEP seelcs solutions to avoid the occui-rence of the problem. Solutioiis may 

include operating procedures or capital transmissioii reinforcements. Though this on- 

going process, AEP worlcs diligently to maiiitaiii an adequate traiismission system able to 

meet forecasted loads with a liigh degree of reliability. 

E. Evaluation of Other Factors (170 IAC 4-7-4(14); 4-7-6(a) (6) (A-C); 4-7-6(d) 
(1)) 

As a member of PJM, and in compliance with the FERC Orders 888 and 889, 

M P  is obligated to provide sufficient transmission capacity to support the wholesale 

electric energy market. In this regard, any committed generator interconnections and 

firm transmission services are taken into consideration under AEP’s and PJM’s planning 

processes. In addition to providing reliable electric sei-vice to AEP’s retail and wholesale 
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customers, PJM will continue to use any available transmission capacity in AEP’s easteiii 

transmission system to support tlie power supply and transmission reliability needs of the 

entire PJM - Midwest IS0 joint market. 

A number of generation requests have been initiated in the PJM generator 

interconnection queue. AEP currently has 40 active queue positions within Indiana 

totaling approximately 9,800 MW (nameplate), including projects that are either in 

various stages of study (28 projects), under construction (4 projects), or in-service (8 

projects). Of these 40 active queue positions, 34 are wind generation requests. AEP, 

through its membership in PJM, is obligated to evaluate the impact of these projects and 

construct the traiisrnission interconnection facilities and system upgrades required to 

connect any projects that sign an interconnection agreement. The amount of this planned 

generation that will actually come to fixition is unknown at this time. 

F. Transmission Expansion Plans (170 IAC 4-7-6(a) (6) (A); 4-7-6(d) (1)) 

The transmission system expansion plans for tlie AEP System-East Zone are 

developed to meet projected fbture requirements. AEP uses power flow analyses to 

simulate normal conditions, and credible single and double contingencies to determine 

the potential thermal and voltage impact on the AEP transmission system in meetirrg the 

fbture requirements. 

As discussed earlier, AEP will continue to develop transmission reinforcements to 

serve its own load areas, in coordination with PJM, to ensure compatibility, reliability 

and cost efficiency. 

G. Transmission Project Descriptions (170 IAC 4-7-6(d) (3) and (4)) 

A detailed list and discussion of the AEP transmission projects that have recently 
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been completed or presently undeiway in Indiana can be foulid under Chapter 7(1) 

(Indiana Transmission Projects) of this report. In addition, several other projects beyond 

the I&M area have also been completed or are undeivay across the AEP System-East 

Zone. While they do not directly impact I&M, such additions contribute to the robust 

health and capacity of the overall transmission grid, wliicli also benefit Indiana 

customers. 

AEP’s transmission system is anticipated to coiitinue to perform reliably for the 

upcoming peak load seasons. AEP will continue to assess the need to expand its system 

to ensure adequate reliability for I&M customers within tlie State of Indiana. AEP 

anticipates that incremental transmission expansion will continue to provide for expected 

load growth. 

H. FERC Form 715 Information 

A discussion of the eastern AEP System reliability criteria for transmission 

planning, as well as tlie assessment practice used, is provided ki AEP’s FERC Foiin 715 

Annual Transmission Planning and Evaluation Report, 201 1 filing. That filing also 

provides transmission maps, aiid pertinent information on power flow studies aiid an 

evaluation and continued adequacy assessment of AEP ’ s eastern transmission system. 

Pertinent excerpts fi-om this report to meet the 170 LAC requirements are contained in 

Exliibit 4 of the Confidential Supplement. 

1. Indiana Transmission Projects (170 IAC 4-7-6(d)(3) and (4)) 

A brief summary of the traiisniission projects in I&M’s Indiana seivice territory 

for the 201 1-201 5 time frame is provided below. Project infoi-mation includes the project 

name, a brief description of the project scope, projected in-service date, aiid projected 
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cash flows8 by year for each project. 

o Mishawalca Area Iinprovements: Several 138 1V and 34.5 1V line overloads in 
the Elldiart area were identified by bot11 PJM aiid AEP due to an outage of East 
Elkhart 345/138 1V transformer. Construction of a new 15 mile Twin Branch - 
East Elldiai-t 138 1V circuit using the vacant side of tlie existing tower liiie aiid 
developing a new 13W34.5 1V Station, Capital Aveiiue, to iiitercoimect the 
existing 34.5 1V network will help alleviate these conditions. As part of the 
proposal, the distribution load will also be consolidated at the new 13U34.5 1V 
Capital Avenue station and the existing Currant Road station will be retired. 

2011: $0.5 million 

2012: $18.9 inillioii 

2013: $14.4 million 

2014: $1.9 million 

o South Side and South Bend Upgrades: PJM identified overloads on the Twin 
Braiicli - South Bend 138 1V line and the Jackson Road - South Side 138 1V 
line. To alleviate these overloads, AEP will replace terminal equipment at South 
Side and South Belid stations and perfoim a sag study on the Twin Branch - 
South Bend 138 1V line and the Jackson Road - South Side 138 1V line to 
improve the summer emergency rating of both lines. 

2012: $0.04 million 

2013: $0.04 million 

o Lincoln Breaker Upgrade: PJM identified tlie Lincoln 13 8 1V breaker D as being 
over dutied aiid over loaded under certain contingency conditions. AEP is 
proposiiig to replace Lincoln 138 1V breaker D, the risers aiid cross bus sections 
of the Liiicolii - Allen 13 8 I V  circuit at Lincoln station. 

2012: $0.5 million 

o Industrial Park - McKinley Upgrades: PJM identified an overload on the 
McKinley - Industrial Park 138 1V circuit. The proposed solution is to replace 
risers at McKinley and Industrial Park 138 1V stations and perfoim a sag study 011 
the McKinley - Industrial Park 138 I V  line. This will help improve the 
emergency rating of the 138 1V line to deal with contingeiicy situations in the 
area. 

2012: $75,000 

8 Please note that cash flows are approximated. 
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2013: $75,000 

o Nortliein Foi-t Wayne Improvements: PJM aiid AEP identified overloads on tlie 
Aubui-n - Delcalb 138 1V circuit for loss of two 138 1V sources into the Noi-tlierii 
Fort Wayne area. AEP has also demoiistrated that several coiitingencies in the 
area can cause severe tliennal overload and voltage conditions and a possible 
blackout in Nortlieni Fort Wayne jeopardizing the bullc electric system (BES) in 
Indiana. To mitigate this potential situation, AEP will establish two new stations; 
a 138/69 1V station located near Auburn, Indiana and a 138 1V switching station 
near Huiitertowii, Indiana. The new station near Huntei-towii, Indiana will be 
coimected to existing 138 1V lines fiom Robison Park and will thus seilre as a 
source. A new double circuit line will be consti-ucted from this station to the new 
138/69 1V station and eventually to Auburn 138 1V station to provide an 
additional source for Northein Fort Wayne area. 

2012: $2.0 million 

2013: $10.0 millioii 

20 14: $15 .O million 

2015: $5.0 million 

o Southern Indiana Improvements: AEP is noticing a change in the flow patteiiis in 
the southein Indiana area. The 765 1V outlets were not origiiially designed for the 
flow pattern of heavy west to east flows. The root cause of this change in flow 
patter is the addition of over 25GW of generation around southern Indiana, 
southeiii Illinois and westein Keiituclcy since 1989. Also, since the transmission 
facilities sit at tlie seams of Midwest IS0 and PJM, high voltages are experience 
on the 345 1V network. The proposed improveineiits including the change in 
shunt reactor size at Roclport and transposition of 765 1V lilies will help mitigate 
these constraints. 

201 1: $7.7 million 

2012: $29.3 million 

2013: $3.5 million 

o Ball State Universiw Load Increase: Ball State University is increasing its load to 
accommodate a geothermal project on campus and coiiversion to 12 1V sewice. 
To seive this load, AEP is rebuilding the Tillotson 34.5 1 V  station and replacing 
the underground cables that feed Ball State’s Christy Woods station. This will 
allow for future load growth and replaces an old, deteriorating station. 

2012: $2.5 million 

2013: $2.0 million 
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o Local Sag Studies: PJM identified overloads on several 138 1V lines that require 
sag and structure analysis to increase the emergeiicy operating temperature of 
these lines. The lines being studied include: 

o Delaware -Madison 138 lV ,  
o Desoto - Deer Creek 138 lV,  
o Desoto - Madison 138 lV ,  
o Sorenson - Keystone 345 lV,  
o Sorenson - McKinley 138 lV,  
o Sorenson - Industrial Park 138 lV,  
o Huntington Junction - Sorenson 138 lV,  
o Albion - Robison Park 138 lV ,  
o Harper - Hacienda 138 lV ,  aiid 
o Jackson Road - Concord 13 8 1V 

2012: $0.8 million 

2013: $0.8 million 

o Strawton Wind Farm: PJM IPP project U3-002 has a signed Iiitercoimection 
Service Agreement (ISA) aiid is scheduled to be operational by the end of 2012. 
This wind farm will connect to the Deer Creek - Fislier Body - Mullin 138 1 V  
line. In addition to the wind farm connection, station improvements will be made 
at Mullin station and at Fislier Body station. Cost information provided reflects 
only the dollars to be spent by AEP. 

201 1: $0.1 million 

2012: $1.0 million 

The following provides an update for each of the transmission projects provided 

in the 2009 IRP. All of the projects have beeii completed aiid are now in-service. 

Woods Road Station Proiect: Woods Road station was established to move 34.5 
1V load at Gump Station near Huntertown, Indiana to a new 138 1V station in an 
attempt to avoid overload conditions on the 34.5 1tV system and to improve 
reliability for the customers. 

Brevini Proiect: A new customer in Muiicie, Indiana had requested service to its 
facilities that manufactures and tests gearboxes for wind turbines. The projected 
initial load of 5 MW could be accommodated on the aging 34.5 1 V  sub- 
transmission system or existing 12 1V facilities in the area. To reliably serve the 
load, and to meet the future needs of tlie area, a radial 5.9 mile, 138 1V line was 
constructed, with future plans to network the line. 

Twin Branch Area Improvements: The 450 MVA 345/138 1V transformer at 
Twin Branch Station was projected to overload under several contingencies. A 
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project was initiated in 2007 to replace the existing transformer with a larger 675 
MVA 345/138 1V transformer. 

o Western Fort' Wayne Area Improvements: The Westein Fort Wayne area was 
expected to reach a demand of 190 MVA in 2008. The area transmission 
facilities were expected to experience thermal overloads aiid heavy loading under 
single contingencies. To mitigate the tliemnial overloads, a new 69 1V line from 
the Industrial Park Station to the Hadley Station was proposed. The project was 
initially projected to go in-service in 2008, but due to logistics aiid material 
acquisition issues; the project went in-service in 2009. 

o Meadow Lake Station: A 200 MW wind faim had requested interconnection to 
I&M's 345 1V transmission system in Chaliiiers County, Indiana. The 
interconnection required construction of a new 345 1V switching station at the 
developer's expense. The new switching station went in-service in October 2009. 

o Wallen Relocation Project: The Indiana Department of Traiispoi-tation relocated 
sections of Indiana Route 3 which required relocation of 34.5 1V facilities at 
I&M's Wallen Station. Significant portioiis of the relocation projects were 
reimbursable from the Depai-tmeiit of Transportation. The Wallen Relocation 
Project went in-sewice in 2009. 

o Herbert Monroe Deliveiy Point: A new switching station was established to serve 
Pauldiiig Putnain Electric Cooperative Herbert Monroe delivery point at 13 8 1V. 
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8) SELECTION OF THE RESOURCE PLAN 
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8. Selection of the Resource Plan (170 IAC 4-7-8) 

A. Modeling Approach 

1. The Strategist0 Model 

The Strategist@ optimization model served as the empirical calculation basis from 

which the I&M-specific and AEP-East capacity requirements evaluations were examined 

and recommendations were made. As will be identified, as part of this iterative process, 

Strategist@ offers unique poi-tfolios of resource options that can be assessed not only 

from a discrete, revenue requirement basis, but also for purposes of performing additional 

risk analysis outside the tool. 

As its objective function, Strategist0 deteimhes the regulatory least-cost 

resource mix for the generation system being assessed. The solution is bounded by a 

user-defined set of resource technologies, commodity pricing, and prescribed sets of 

constraints. 

Strategist@ develops a discrete niacro (zone-specific) least-cost resource mix for 

a system by incorporating a variety of expansion planning assumptions including: 

0 Resource alternative characteristics (e.g. capital cost, construction period, project 
life.) 

0 Operating parameters (e.g. capacity ratings, heat rates, outage rates, emission 
effluent rates, unit minimum downturn levels, must-run status, etc.) of existing 
and new units 

0 Unit disposition (retirement / mothballing) 

0 Delivered fuel prices 

0 Prices of external market energy and capacity as well as SOZ, NOx, and COZ 
emission allowances 

0 Reliability constraints (in this study, minimum reserve margin targets) 
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e Emission limits and eiiviroluneiital compliance options 

These assumptions, and others, are considered in developing an integrated plan 

that best fits the utility system being analyzed. Strategisto does not develop a full 

regulatory cost-of-service (COS) profile. Rather, it typically considers only supply and 

demand resource COS changes fioni plan-to-plan, iiot fixed, embedded costs associated 

with existing generating capacity that would remain constant under any scenario. 

Likewise, trammission costs are included only to the extent that they are associated with 

new generating capacity, or are linked to specific supply alternatives. In other words, 

generic (nondescript or non-site-specific) capacity resource modeling would typically iiot 

incorporate significant capital spends for transmission interconnection costs. 

Specifically, Strategisto iiicludes and recognizes in its incremental, largely 

generation revenue requirement output profile: 

8 Fixed costs of capacity additions, i.e. carrying charges on incremental capacity 
additions (based on an I&M-specific, or weighted average AEP System cost of 
capital), and fixed O&M. 

e Fixed costs of any capacity purchases. 

e Program costs of (incremental) DR/EE/IVVC alternatives. 

e Variable costs associated with I&M’s or the entire fleet of AEP-East’s iiew and 
existing generating units (developed using the model’s probabilistic unit dispatch 
optiinizatioii engine). This includes fuel, purchased energy, market replacement 
cost of emission allowances, and variable O&M costs. 

e Market revenues from external energy transactions &e., Off-System Sales) are 
netted against these costs under this ratemaling/revenue requirement format. 

Lu the PROVIEW module of Strategist@, the least-cost expansion plan, measured 

by the Cumulative Present Worth of Revenue Requirements (CPW), is empirically 

foi-mulated from potentially hundreds of thousands of possible resource alternative 
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combinations created by the module’s chronological dynamic programming algoritlm. 

On an aimual basis, each capacity resource alternative combination that satisfies various 

user-defined constraints (to be discussed below) is considered to be a “feasible state” and 

is saved by the program for consideration in following years. As the years progress, tlie 

previous years’ feasible states are used as starting points for the addition of more 

resources that can be used to meet the current year’s minimum reserve requirement. As 

tlie need for additional capacity on the system increases, tlie number of possible 

combinations and the number of feasible states increases exponentially witli tlie number 

of resource alternatives being considered. 

B. Major Modeling Assumptions (170 BAC 4-7-S(2)) 

1. Planning & Study Period 

The economic evaluations of this planning process were carried out over a 2012- 

2040 planning period. 

2. Load & Demand Forecast 

The internal load and peak demand forecast is based on the approved 201 1 AEP 

System-East Zone load forecast issued in February 201 1. 

3. Capacity Modeling Constraints 

Since the model’s algorithm has the potential for creating such a vast number of 

alternative combinations and feasible states, it can become an extremely large 

computational and data storage problem, if not constrained in some manner. The 

Strategist@ model includes a number of input variables specifically designed to allow the 

user to further limit or constrain the size of the problem. There were numerous other 

luzown physical and economic issues that needed to be considered and, effectively, 
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“constrained” during the modeling of the long-term capacity needs so as to reduce the 

problem size within the tool. 

Maintain a PJM-required niinimum reserve margin of roughly 15.3% per year. 

Under the teins of the NSR Consent Decree, I&M and AEP agreed to annual SO2 
and NOx emission limits for its fleet of 16 coal-fueled power plants in Indiana, 
Kentucky, Ohio, Virginia and West Virginia. These emission limits were met by 
adjusting the dispatch order of these units during the Strategist@ economic 
dispatch modeling. 

h addition to meeting NSR consent Decree emission limits, the SO2 and NOx 
allocations/limits defined under the recently finalized CSAPR for I&M’s Indiana 
and Michigan-domiciled generating units were also met during the Strategist@ 
niodeling. 

The initial period for consideration of new generation additions was assumed to, 
minimally, not precede the PJM 201445 forward planning year due to AEP-on 
behalf of its easteiii operating affiliates, including I&M-having already 
committed sufficient UCAP resources. Moreover, considering the uncertainty 
surrounding the ultimate status and implications of both: 

o the ultimate status or make-up of the AEP Interconnection Agreement; and 

o the ultimate status and impact of additional emerging EPA rulemalting, 
namely EGU MACT; 

The restriction for consideration of new generation additions was further extended 
to not precede the PJM 2017/18 planning year given the typical minimal -5-year 
timeframe to approve, peimit, design & engineer, procure materials, construct and 
commission new fossil generation resources. 

There are many variants of available supply-side and demand-side resource 

options and types. It is a practical limitation that not all luiown resource types are made 

available as modeling options. A screening of available supply-side technologies was 

performed with the optimum assets made subsequently available as options. Such 

screens for supply alteivatives were performed for each of the major duty cycle 

“families” (baseload, intermediate, and pealung). 

The selected technology alternatives from this screening process do not 
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necessarily represent the optimum technology choice for that duty-cycle family. Rather, 

they reflect proxies for modeling purposes. 

Other factors will be considered that will determine the ultimate technology type 

(e.g., choices for pealing technologies: GE fi-aine machines “E” or “F,” GE LMSlOO 

aeroderivative machines, etc.). The full list of screened supply options is included in 

Exhibit 3 of the Confidential Supplement. 

Based on the established comparative economic screenings, the following specific 

supply alteiiiatives were modeled in Strategist@ for each designated duty cycle: 

e Peaking capacity was modeled as blocks of seven, 86 MW GE-7EA Combustion 
Turbine units (summer rating of 78.5 MW x 7 = 550 MW), available beginning in 
2017. Note: No more than one block could be selected by the model per year. 

e Internzediate capacity was modeled as single natural gas Combined Cycle (2 x 1 
GE-7FA with duct firing platfoim) units, each rated 618 MW (562 MW summer) 
available beginning in 20 17. 

e Baseload capacity burning eastern bituminous coals was modeled. The potential 
for future legislation limiting C02 emissions was considered in selecting the solid 
fuel baseload capacity alternatives. Two solid fuel alternatives were made 
available to the model: 

o 624 MW Ultra Supercritical PC unit (summer rating of 612 MW) where the 
unit is installed with chilled ammonia carbon capture and storage (CCS) 
technology that would capture 90% of the unit’s C02 emissions. This option 
could be added begiming in 2020. 

o 637 MW Integrated Gasification Combined Cycle (IGCC) “E;” Class unit. 
This alternative could be added by Strategist@ beginning in 2020 and; 

In addition, beginning in the year 2022: 

o Strwtegist@ could select an 800 MW (-50%) share of a 1,606 MW nuclear, 
Mitsubishi Heavy Industries (MHI) Advanced Pressurized Water Reactor (77 1 
MWsummer) 

In order to maintain a balance between peaking, intermediate and baseload 

capacity resources, only seven Combustion Turbine (CT) units could be added in any 
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year. If the addition of seven CTs was not sufficient to meet reliability requirements in a 

particular year, the model was required to add either intermediate and/or baseload 

capacity to meet the reliability targets. 

4. Commodity Pricing Scenarios 

Three commodity pricing scenarios were developed by AEPSC to enable 

StivtegistO to coiistivct resource plans under vaiious long-teim pricing conditions. The 

long-teiin power sector suite of commodity forecasts are derived from a proprietary 

model luiown as AuroraXMP. Aziroi~amP is a long-term hidameiital production-costing 

tool developed by EPIS that is driven by sophisticated user-defined input parameters, not 

necessarily past performance wliich many modeling teclmiques teiid to utilize. For 

instance, unit-specific fuel delivery and emission forecasts established by AEP Fuel, 

Emissions and Logistics (FEL), are fed into AuroraXMP. Likewise, capital costs and 

perfoiinance parameters for various new-build generating options, by duty-type, are 

vetted tlu-ough AEP Engineering Seivices and incorporated in the tool. AEP uses 

AuroraXMP to model the eastern synchronous interconnect as well as ERCOT. In this 

repoi-t, the three distinct long-term commodity pricing scenaiios that were developed for 

StmtegistO are: a “base” view or, “Fleet Transition - Carbon Adjusted,” as well as two 

sensitivity views including, “Fleet Traiisition,” and “Lower Band.” The scenarios are 

described below with the results shown in Exhibits 8-1 to 8-5. 

4a. Fleet Transition-Carbon Adjusted 

This represents AEP’s current consensus view of all drivers to the development of 

North American regional power prices. It recognizes relatively lower natural gas prices 

and increasing natural gas price elasticity - despite increasing consumption from 
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domestic power plants. This phenomenon largely being a function of significant natural 

gas supplies from emerging shale gas exh-action efforts. A major criterion of this "base" 

scenario reflects AEP managements view that substantive national CO;! legislation and its 

attendant carbon pricing will not be in place until the year 2022. 

4b. Fleet Transition 

Largely tlie same basis as the above view other than the implementation of a 

COz/carbon pricing regime is assumed to be as early as 2017. 

4c. Lower Band 

This case should best be viewed as low natural gadenergy price "sensitivity" to 

tlie Fleet Transition and Fleet Transition-Carbon Adjusted scenarios. In the near term, 

Lower Band natural gas prices track the Fleet Transition but in tlie longer term, natural 

gas piices represent the even more significant infusion of sliale gas. From a statistical 

perspective this long-term pricing scenario represents approximately a negative one (- 1) 

standard deviation from the "Fleet Transition" scenarios and illustrates the effects of 

Coal-to-gas substitution at such plausibly lower gas prices. Like tlie Fleet Transition 

scenarios, COz mitigatiodpiicing is assumed to start as early as 201 7. 

C. Modeling Results (170 TAC 4-7-S(2) and 4-7-S(6)) 

1. Base Results by Pricing Scenario 

Given tlie three fundamental pricing scenarios developed by AEPSC as listed in 

the previous section, as well as the modeling constraints and certain planning 

commitments, Strategist@ modeling was used to develop the initial plans identified in 

Exhibits 8-6 and 8-7. With regard to these exhibits, because Renewable assets and a base 

level of incremental DSM are included in all portfolios, Strategist@ did not represent 
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i 
thein as iiicremeiital resources witliin these comparative plan views. 

2. Observations: Needs Assessment 

Some I&M specific observations drawn from the initial Strategist@ profiles 

reflected on Exhibit 8-6 include: 

a 

a 

3. Strategic Portfolio Creation & Evaluation 

No new capacity is required until Tanners Creek 4 is retired, and 

The optimal replacement teclmology for Tanners Creek 4 is a NGCC. 

For this IRP, two views of I&M were considered. First, I&M was inodeled as a 

stand-alone entity in PJM. This recognizes the potential that the AEP-Pool could be either 

materially modified or teiminated over the course of the IRP planning cycle and that no 

AEP-East companies would have any obligation to provide capacity or energy to any 

other AEP-East company. A second view assumes the AEP Pool remains in place and the 

AEP Pool companies would be allocated capacity resources based on their position 

within the AEP Pool. In this view, optimized portfolios are created for the AEP-East 

System, which could result in a different amount of capacity being assigned to the mP 

Pool companies. The I&M capacity plan is the same under either a “AEP Pool” or “No 

AEP Pool” scenario. That is, if the AEP Pool remains in place, the only new capacity 

resource assigned to I&M is a NGCC in 2025, which is the same as uiider the I&M “No 

AEP Pool” scenario. 

4. I&M Strategic Portfolios 

Strategic approaches that were considered when consti-ucting the underlying I&M 

(‘stand-alone’) system resource portfolios analyzed include: 

0 “Base” Plan: 
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o Retrofit Rocltport 1 & 2, and Tamers Creek 4 to be compliant with the 
proposed EGU MACT and CCR iules, as well as NSR Coiiseiit Decree 
obligations. Retire Tamers Creek 1, 2 & 3 by December 31, 2014 so as 
not to iiicur retrofit costs required by the EGU MACT iule. Retire Tamers 
Creek 4 when it reaches 60 years of life, in 2025, and replace it with a 
natural gas combined cycle (NGCC) plant. 

e “Gas” Plan: 

o Same as the Base plan, except retire Tamers Creek 4 by 2015 and replace 
with a NGCC in 2017. Between 2015 and 2017, rely 011 the PJM inarltet 
for any capacity shortfalls. 

e “Market” Plan: 

o Same as the “Gas” plan except rely solely on the market to replace 
Tamers Creek 4 (ie., do not replace TC4 with a NGCC.) 

5. I&M Portfolio Results 

Given the range of tlwee fundamental pricing scenarios developed by AEP- 

Fundamental Analysis, as well as the modeling constraints and certain planning 

commitments, Strategist0 modeliiig was used to develop the CPWs for the Base Plan, 

Gas Plan and the Market Plan. 

Exhibit 8-6 summarizes the plan portfolios. This exhibit shows the new resources 

required to meet the RTO IRM requirements as well as plan costs over the full (201 1- 

2040) extended plaiming horizon, and under the various pricing scenarios. 

6. I&M Optimal Portfolio Summary 

As suggested in Exhibit 8-6, the Base Plan has the lowest CPW of the tlwee plans 

under all pricing scenarios. I&M is seeking regulatory approvals to formally implement 

the underpinnings of this plan - that is, the eiivironmental equipment retrofit of a single 

Roclcport Unit as well as the retirement on Tanners Creek 1-3 by December 3 1,2014. 

7. I&M Additional Risk Analysis 

The Base, Gas, and Market Plan views as set forth by the discrete I&M capacity 
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resource modeling performed using Strategist@ were analyzed further utilizing the 

AuroraXMP application’s “risk modeling” feature described later in Section D. These 

I&M-specific resource portfolio options created in Strategist09 and the comparison of the 

respective incremental, life-cycle revenue requirements show economic results based 011 

specific, veiy reasonable, yet discrete “point estimates” of the underlying variables that 

could affect these economics. Using a Monte Carlo technique, the AuroraXMP tool offers 

an additional approach by which to “test” these plans over a distributed range of certain 

ley variables. This provided a “probability-weighted” solution that offers additional 

insight surrounding relative cost/price risk. 

8. Optimum AEP-East Resource Portfolios for Four Economic/Pricing Scenarios 

For AEP-East, modeling was perfonxed by treating the entire AEP-East System 

as one entity, as it is seen by PJM using the Market Plan and the Build Plan. h these 

poi-tfolios, the AEP-East fleet meets its internal load requirement, buying or selling 

capacity and energy into the PJM market to satisfy short or long positions. Outside of this 

modeling, once a resource addition plan is established, the assignment of resources is 

based on AEP Pool requirements. The Market and Build portfolios were analyzed under 

economic/pricing scenarios described in Section B4, with the results shown in Exhibit 8- 

7. 

9. AEP-East Optimal Portfolio Summary 

As suggested in Exhibit 8-7, the Market Plan portfolio was slightly better than the 

Build Plan; however, the differences are relatively small. As such, the Market Plan that 

was optimized under Fleet Transition-Carbon Adjusted piicing will be used as the Base 

Plan for AEP-East. This plan allows for flexibility in dealing with the uncertainty around 
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the AEP Pool transition and EGU MACT issues. 

D. Risk Assessment (170 LAC 4-7-8(5) and 170 LAC 4-7-8(10)(A,B and C)) 

Once the discretely-modeled plans listed in Chapter 8C were constructed, they 

were subjected to “stress testing” to eiisure that none of the plans had outcomes that were 

deleterious under an array of input variables. 

1. The AuroramP Model 

The AuroramP model was developed by EPIS, Inc. in the mid 1990’s and has 

been licensed for use by AEP since 2002. AztromXMP is primarily a production costing 

model using a fundamentals-based, multi-area, transmission constrained dispatch logic in 

order to simulate real market conditions. At AEP it is used primarily as a long-term 

optimization tool to forecast mid- and long-term power prices and other industiy 

commodities for all generating units in the Eastern Interconnect and ERCOT. 

Oiie of the features of the AuroraXMP model is its endogenous risk analysis 

capabilities for Monte Carlo simulations. For the purposes of this study, a coinmonly 

accepted sampling method (the Latin-Hypercube) was employed in order to generate a 

plausible distribution of risk factors with a relatively small number of samples or risk 

iterations. 

This study focused solely on the I&M portfolio of generating units. Oiie hundred 

risk iteration runs were performed with six risk factors being sampled. The results take 

the foi-m of a distribution of possible revenue requirement outcomes for each plan. The 

input variables or risk factors considered by AuroramP within this IRP analysis were: 

e coal prices, 

natural gas prices, 

e power prices, 
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0 COz emissions allowance prices, 

full requirements loads / demand, 

consti-uction costs / caiiyiiig costs 

e 

e 

Mean (forecast) 0.003 0.002 0.002 

St Dev (data 0.123 0.018 0.01 6 

St Dev (forecast) 0.2 0.01 9 

These variables were correlated based on liistorical data. 

0.005 

0.204 0.1 1 

0.149 

European Futures 

European Futures / US Data validated 

us 
Data 

Hypothesized 

2. Modeling Process & Results & Sensitivity Analysis (170 IAC 4-7-8(10)(B)) 

For each portfolio, tlie difference between its mean and its 95th percentile was 

identified as Revenue Requirement at Risk (RRaR). The 95th percentile represents a level 
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of required revenue sufficiently high tliat it will be exceeded, assuming tliat the given 

plan were adopted, with an estimated probability of 5.0 percent. The RRaR represents a 

measure of risk or uncertainty inherent in each portfolio. The larger the RRaR, the 

greater tlie level of risk that customers would be subjected to higher rates. 

Figure 8-1 illustrates for the Market Plan, the average levels of some key risk 

factors, both overall and in the simulated outcomes whose Cumulative Present Value 

(CPV) revenue requirement is roughly equal to or exceeds tlie upper bound of Revenue 

Requirement at Risk. While this figure is specific to tlie Market Plan, tlie numbers would 

be very similar under the otlier plans. (The particular alternative futures producing tlie 

highest levels are not necessarily the same between different plans.) The Construction 

Costs are shown for a different year than the otlier risk factors because the Market Plan 

did not utilize new natural gas production until 2025. 

Figure 8-1: Key Risk Factors -Means 

Source: AEP Fundamental Analysis 

The price of COz allowances and Demand are greater among the RRaR-exceeding 

outcomes, suggesting tliat they are critical sources of risk to revenue requirements. The 

relative difference between that “tail” and mean outcomes are 27.0% to 22.3% wliicli is 

somewhat greater than the relative difference of otlier risk factors. 

It might be assumed tliat tlie veiy worst possible futures would be characterized 

by high he1 and allowance prices and low power prices. But according to tlie analysis of 
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the historical values of risk factors that underlies this study, such futures have essentially 

no chance of occurring. Any possible future with high fuel prices would essentially 

always have high power prices. Likewise the risk factor analysis implies an inverse 

correlation between C02 allowance prices and some of tlie other risk factors that 

determine tlie tail cases, so that in these tail cases, the average C02 allowance price is 

actually less than tlie average across all possible futures. 

Figure 8-2 sliows tlie distribution of outcomes for each of tlie three plans that 

were evaluated - tlie Base Plan, Gas Plan, and Market Plan. Note that these CPV’s are 

consistent with tlie CPW values calculated using the StmtegistO tool, with the Base Plan 

being tlie lowest cost plan and the Gas and Market plans slightly more expensive. The 

importance of this evaluation, though, is not in matching tlie StmtegistO results, but in 

examining the relative risk among the portfolios. As the table below Figure 8-2 shows, 

tlie difference between the 50th and 95th probability percentile is fairly consistent for 

each portfolio. This leads to the conclusion that the effects of market risk are similar to 

tlie risks associated with construction costs and fuel prices. This reinforces the 

conclusions from the Strategist0 optimization analysis - that there is no paiticular 

advantage or disadvantage between tlie Base, Gas and Market portfolios. The table also 

shows, the difference between the 50th and 95th probability percentile is fairly consistent 

for each portfolio. This leads us to tlie conclusion that tlie effects of inarltet risk are 

similar to tlie risks associated with construction costs and fuel prices. This reinforces tlie 

conclusions from the SbategistO optiinization analysis - that there is no particular 

advantage or disadvantage between tlie Base, Gas and Market portfolios. 
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Figure 8-2 - I&M Risk Aizalysis - Cunzulative Present ~ _ _ _ - _ _ _ _ _ _  Worth 
c_ 

-i I . I  I I I I 
1-1 tI I&M Risk Analysis 

Cumulative Present Worth - Costs Thousands 

-l&M IRP Base Plan -I&M TC4 Retirement in 2015 ----I&M TC4 Retiremenl MKT Purch 2024 

I I I I I I 

Source: AEP Fziiidanierital Analysis 

An additional sensitivity, related to the cost of GHG/carbon emissions, was also 

performed. In this sensitivity analysis carbon costs were, in fact, doubled fiom the base 

piices assumed in the first set of evaluations perfoimed(i.e., increasing a noiniiial C02 

pricing range of $15-$30/toiule to as much as $30-$60/tonne over the long-term study 

peiiod). Although the Company believes that sucli extreme CO&arbon pricing range is 

not plausible due to its attendant impact 011 regional energy prices, this sensitivity 

exercise is noiietheless valid to more rigorously “stress” these risk assessments applicable 

to these alternative planning scenarios. In that regard, liowever, it is also important to 

realize that all other variables were assumed to have a similar distribution as the first set 

of evaluations (Le., the change in CO2/carbon pricing was assumed to have an effect 

on otlier variables, sucli as energy pricing). Tliis was done to somewhat “isolate” the 

impact of carbon costs on portfolio iisk. As can be seen in Figure 8-3, the CPW for all 
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portfolios iiicreases, as expected, however tlie resultiiig distribution reduces the 

I I I I I I - - 
- I&M Risk Analysis - High Carbon - 
- - 

difference ainoiig the portfolios. The Base poi-tfolio is slightly more expeiisive tliaii the 

Gas or Market poi-tfolios at tlie 50‘” percentile level, however it is the least expensive 

portfolio at tlie 99’’ percentile level. 

The conclusion that can be drawn from this analysis is that uiider a more 

restrictive (i. e. , liiglier cost) carbon regime, the thee portfolios would become essentially 

equivalent from a cost/risk perspective. More importantly, it would indicate that the 

“Base” long-teim I&M resource plan being set fortli would iiot be compromised. That is, 

even uiider an extreme COz/carbon view, this Base Plan would coiitinue to be an 

acceptable alteilzative from a cost perspective. 

Thousands Cumulative Present Worth - Costs 

-l&M IRP Base  Plan -I&M TC4 Retirement in 2015 ---EM TC4 Retirement MKT Purch 2024 

l-----i’+l I 

I I 2 294.207 I 2 385.181 I 2 364 245 I /SO 974M f70 03811 20.936 I 
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E. I&M Current Plan (170 IAC 4-7-8(1)) 

The optimization results and associated risk modeling of this IF@ show that, for 

I&M as a potential stand-alone entity in tlie PJM RTO, the Base Plan results in lower 

costs than the Gas Plan or the Market Plan. Given the uncertainty surrounding tlie filial 

outcome of both the EGU MACT i-ulemalcing and tlie AEP Pool teiinination, the 

Company is proposing the plan which has the maximum flexibility - tlie Base Plan. The 

Base Plan also subjects I&M customers to aii acceptable level of risk relative to the Gas 

and Market plans. The supply-side expansion plan represented in this report is also 

iiiflueiiced by I&M’s commitment to DSM programs, renewables, and to the need for 

compliance with environmental regulations. Following are some highlights of tlie 

“embedded” features of tlie plan. 

0 Potential DSM programs are estimated to reduce the I&M peak demand by 423 
MW (summer) and 269 MW (winter) and energy requirements by 1,720 GWh by 
tlie end of the forecast period (203 1). This is recognized prior to establishing the 
plan for supply-side resources. 

0 I&M is already receiving energy from two wind projects with a total nameplate 
rating of 150 MW. The cui-rent plan for I&M reflects no additional wind capacity 
until 20 13. 

0 In the long-term, 562 MW (summer) of inteimediate (NGCC) capacity is 
projected to be added by 2025. 

Assuming I&M is a stand-alone company in PJM beginning in tlie 2016/17 

planning year, I&M may purchase capacity fiom or sell capacity to the market, or enter 

into bilateral agreements with either the current AEP-East companies or other generation 

entities as needed. 

Exhibit 8-8 provides the I&M expansion plan assuming I&M is a stand-alone 

member in PJM after 2014. I&M will satisfy its reserve margin requirements through 

2024 using a combination of existing capacity and demand response measures as shown 
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in Exhibit 8- 10. 

Exhibit 8-8 also shows the proposed I&M resource plan assuming I&M remains 

part of the AEP Pool under its cui-rent constiuct. Note that there is no change in the I&M 

resource plan between the AEP Pool and No AEP Pool cases. 

F. AEP-East Current Plan (170 IAC 4-7-8(1)) 

. 

The UP-East plan is shown in Exhibit 8-9. This plan is based on the Market 

portfolio analyzed in Strategist@. AEP-East will satisfy its reserve margin requirements 

using a combination of capacity purchases and demand response measures as shown in 

Exhibit 8-1 1. Additional renewable resources are included in tlie AEP-East plan to 

comply with individual state mandates. Unit retirements and environmental retrofits 

assume ai1 EGU MACT iinpleiiientation date of January 1,20 15. 

G. IFW Summary 

Inasmucli as tliere are many assumptions, each with its own degree of uncertainty, 

which had to be made in caiiyiiig out tlie resource evaluations, clianges iii these 

assumptions could result in significant modifications in the resource plan reflected for 

both I&M and UP-East. I&M and AEP are confident that tlie resource plan presented in 

this IRP is sufficiently flexible to accoiiimodate possible clianges in key parameters, 

including load growth, environmental compliance assumptions, fuel costs, construction 

cost estimates, and final AEP Pool status. As such changes and assumptions are 

recognized, updated, and refined, input information will be reevaluated and resource 

plans modified as appropriate. 

H. Financial Effects (170 IAC 4-7-8 (3)) and 170 IAC 4-7-8(8)(A, B, D and E)) 

Tlie average “real” rate per IcMrh expected to be paid by I&M customers from 
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201 1 to 2021 is shown in Exhibit 8-12. 

The Company, after receiving adequate rate relief, expects to be able to finance its 

utility plant additions with both internal and external funds at reasonable costs. As 

previously stated, I&M does not expect to add any major new baseload generation during 

the 20 12-202 1 period, however, environmental retrofit projects at Roclport and Tamers 

Creek in addition to life-cycle projects at the Cook Nuclear Plant will require significant 

investments. 

Also, Exhibit 8-12 provides tlie present value total revenue requirement (G, T, 

and D) including the utility’s resource plan, stated in total dollars, in dollars per lulowatt- 

hour delivered, with a discount rate specified as required in 170 LAC 4-7-8 (3) for the 

201 1-2022 period. Information beyond that period is not available. 
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9) AVOIDED COSTS 
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9. Avoided Costs (170 ZAC 4-7-4(16)) 

A. Avoided Generation Capacity Cost (170 IAC 4-7-4(16)(A); 4-7-6(b)(3); 4-7-8(C)) 

hi the short term, the best representation of avoided capacity cost is the cost of 

purchasing capacity in the market. Market prices are expected to rise in time to 

approximately the cost of a new combustion turbine unit. The capacity costs in Exhibit 

9-1, which are representative of the described costs, have been adjusted upward to 

represent a per-ltW-of-load figure, including the impact of a change in load on losses and 

resei-ve requirements. 

B. Avoided Transmission Capacity Cost (170 IAC 4-7-4(16)(B)) and (170 IAC 4-7- 
6(a)(6) (m 

The transmission system is planned, constructed, and operated to serve not only 

the load physically coimected to the Company’s wires but also to operate adequately and 

reliably with interconnected systems. 

The transmission system must have the capacity to reliably link generation 

resources with the various load centers and must be operated to provide this fuiiction 

even dui-ing forced and scheduled outages of critical transmission facilities. Conditions 

on neighboring systems and resulting parallel flows are other factors that also influence 

the capacity of the transmission system. Expansions of the transmission system are 

location specific and dependent upon the particular circumstances of load and connected 

generation at each location. Accordingly, unlilte generation, the concept of transmission- 

related avoided cost is ever changing, based on the location being considered. 

Because transmission expansion is so dependent upon location and factors beyond 

the Company’s control, such as generation of others and conditions on interconnected 

systems, it is nearly impossible to determine a transmission-related avoided cost that has 
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real meaiiiiig or is reliable for the Company otlier than on a case-by-case basis. 

C. Avoided Distribution Capacity Cost (170 IAC 4-7-4(16)(C)) 

The distribution system is plaimed, consti-ucted, and operated to seive not only the 

load physically connected to I&M’s wires, but also to operate adequately and reliably 

with generation and transmission coimected to the distribution system. 

The distribution system must have tlie capacity to reliably cai-ry generation 

resources to various load centers and customers. Expansions of the distribution system 

are location-specific and dependent upon the particular circumstances of load, 

interconnected transmission, and coiwected generation at each location. Accordingly, 

uiililte generation, the concept of distribution-related avoided cost is ever changing, based 

on the location being considered. 

Because distribution expansion is so dependent upon location and factors beyond 

the Company’s control, such as generation of others, local customer load changes and 

demand management, and local customer load diversity, it is nearly impossible to 

determine a distribution-related avoided cost that has real meaiiiiig or is reliable for the 

Company other than 011 a case-by-case basis. 

D. Avoided Operating Cost (170 IAC 4-7-4(16)(D) and 170 IAC 4-7-6-(a)(6)(D)) 

I&M’s avoided operating cost including fuel, plant O&M, spinning reseive, and 

emission allowances, excluding transmission and distribution losses as discussed above, 

is provided in Exhibit 9-2, to the extent it is available. These data were developed using 

the PROMOD NO productioii cost model. 
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10. Short-Term Action Plan (170 LAC 4-7-9) 

Tlie I&M Short-Term Action Plan applies to the two-year period November 20 1 1- 

2013. Tlie I&M resource plan is regularly reviewed and modified as assumptions, 

scenarios, and sensitivities are examined and tested based upon new information that 

becomes available. 

A. Current Supply-Side Commitments 

Utilizing its adequate supply of diversely-heled resources, supported by its 

participation in the AEP Pool agreement, I&M expects to continue to provide its retail 

aiid wholesale customers with reliable electric service at a reasoiiable price by pursuing 

the following course of action: 

8 Continue to acquire wind resources, as needed to meet or correspond to Indiana 
renewable goals and Michigan renewable standards. 

8 Upoii approval of a CPCN, begiii engineering and coiistruction activities required 
to add pollution control equipment to Roclport Plant 

e Coiitiiiue to pursue DSM alternatives 

8 Continue investigating and evaluating pollution control technologies for Taimers 
Creek 4. 

8 Contiiiue with Cook LCM related activities 

B. Demand-Side Assessment 

I&M’s short-teim action plan includes continuiiig the moiiitoiing and evaluation 

of DSM programs aiid continuing the ediaiicement of the DSM planning process. I&M 

plans to continue to assess cost-effective DSM opportunities that could potentially be 

offered. As further discussed in Chapter 4, I&M has in place a diverse selection of time- 

of-use rate options and other conservation-related tariffs / programs, including 

iiiterruptible tariffs, designed to allow customers to achieve savings for taking actions 
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which result in the more efficient use of electricity. See Demand Side Management 

programs, Chapter 4E, for a listing of I&M’s tariffs that contain time-of-use, interruptible 

and demand response provisions. Included in this listing are the demand response riders 

approved by the IURC in 201 1 in Cause No. 43566 PJM 1. These PJM-related riders are 

Emergency Demand Response (D.R.S. l), Economic Demand Response (D.R.S. 2) and 

Ancillary Service Demand Response (D.R.S. 3). I&M will continue to offer tariffs that 

encourage its customers to male energy-efficient and cost saving decisions by 

participating in time-of-use, demand response, and inteimptible load programs. 

Particular to I&M, in accordance with the Order of the Commission in Cause No. 

43959 dated April 27, 2011, I&M continues working as a member of the Program 

Implementation Oversight Board (OSB) to implement the programs contained in I&M’s 

Three Year DSM Plan wliicli aligns with requirements set forth in Cause 42693, the 

Phase I1 Generic Order. The members of the OSB include I&M, OUCC, Indiana 

Michigan Power Company Industrial Group, Citizens Action Coalition of Indiana, Inc. 

(“CAC”), and the City of Fort Wayne. I&M’s Three Year DSM Plan contailis the 

programs listed in the table below. 
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I&M THREE YEAR DSM PLAN 
SAVINGS PROJECTIONS 

Residential Lighting 

Residential Home Energy Audit 

Residential Low Income Weatherization 

Energy Efficient Schools 

C&l Prescriptive 

Total Core Programs 

Residential Appliance Recycling 

Residential On-Line Audit 

Residential New Construction 

Residential Solar Siting 

Residential Home Weatherization 

Residential Home Energy Reporting 

Residential Peak Reduction 

Renewables & Demonstration 

C&l Incentives 

C&l Retro-Commissioning Lite 

C&l HVAC Optimization 

C&l Audit 

C&l New Construction 

Total Core Plus Programs 

TOTAL ENERGY SAVINGS PROJECTION 

I&M PHASE I 1  ORDER YEARLY ENERGY 
SAVINGS GOAL 

I&M is an active participant in the DSM Coordination Committee (DSMCC) 

Energy Savings (MWh) 

Program 
201 1 2012 2013 3 Year 

Projected Projected Projected Total 

15,377 21,784 0 46,131 

2,166 4,164 6,161 12,668 

1,724 1,724 1,724 5,810 

1,730 2,141 2,141 6,067 

23,098 44,754 59,191 129,934 

44,095 74,567 69,217 200,610 

4,106 9,580 6,843 21,213 

3,792 7,293 10,793 21,878 

296 591 739 1,626 

53 105 158 31 6 

751 1,501 2,249 4,501 

18,400 9,200 9,200 36,800 

72 144 21 6 432 

24 24 24 72 

4,826 12,364 29,674 46,984 

12,921 25,842 34,456 73,219 

2,819 8,458 16,916 28,193 

844 1,606 2,636 5,086 

1,030 1,760 2,434 5,224 

49,934 78,468 11 6,338 245,544 

94,029 153,035 185,555 

77,400 108,400 142,300 

established as directed in Cause 42693. The DSMCC is currently working with the 

Third Party Administrator (TPA) to establish statewide Core Programs and to transition 

existing utility administered Core Programs to the statewide model. 

The Modified Action Plan (Cause 43959) and Action Plan (Cause 43769), along 

with other Exhibits presented in Cause 43959, contain detailed descriptions of the 
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programs including all cost-effectiveness tests. The breadth of DSM programs contained 

within the portfolio of prograins approved in Cause 43959 (3 Year DSM Plan) addresses 

“lost oppoi-tunities” with the availability of “new consti-uction” programs, as well as 

comprehensively addressing many sectors and facets of residential and cominercial 

energy consumption. 

I&M recognizes that there are a variety of methods available to effect demand and 

energy reductions, including utility-sponsored programs. The judicious deployment of 

cost-effective demand response tools such as time-of-day, seasonal, and iiiten-uptible 

tariffs to influence the peak use of electricity is a powerful method to incorporate into the 

IRP and can help delay the need for new supply side investment. 
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Indiana Michigan Power Company 
Residential Statistically Adjusted End-Use Model (SAE) 
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Indiana Michigan Power Company 
Commercial Statistically Adjusted End-Use Model (SAE) 

X heat Variable 
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Indiana Michigan Power Company 
Commercial Statistically Adjusted End-Use Model (SAE) 

X cool Variable 
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Indiana Michigan Power Company 
Commercial Statistically Adjusted End-Use Model (SAE) 

X other Variable 

Saturation & 
Efficiencies 
I I 

~ 1 ,  Billing 

4 

I I 
I 1 Xother 

I Variable 

L 

Other 
Use 

Commercial 
output 

Electricity 
Price 



Exhibit 3-1 
(Page 9 of 9) 

Indiana Michigan Power Company 
Commercial Statistically Adjusted End-Use Model (SAE) 
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Exhibit 3-12 

AEP System - East Zone 
Range of Forecasts 
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Indiana Michigan Power Company 
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INDIANA MICHIGAN POWER COMPANY 
COMPARISON OF FORECASTS 
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AEP System - East Zone 
COMPARISON OF FORECASTS 
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Exhibit 3-1 7 

AEP System - East Zone and Indiana Michigan Power Company 
Profiles of Monthly Peak Internal Demands 

2001,2006,201 I *  (Actual) 
2021 and 2031 
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AEP System- East ZoneAverageSummer Week and 
Peak Day Load Shapes 
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AEP System- East Zone Forecast Summer Week and 
Peak Day Load Shapes 
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I&M System- Indiana Forecast Summer Week and Peak 
Day Load Shapes 
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Exhibit 5-1 

PLANT 

John E. Amos 
W. C. Beckjord 
Big Sandy 
Cardinal 
Ceredo (Gas) 
Clinch River 
Conesville 
Conesville 
Cook Nuclear 
Darby (Gas) 
Gen. J. M. Gavin 
Glen Lyn 
Karnmer 
Kanawha River 
Lawrenceburg (Gas) 
Mitchell 
Mountaineer 
Muskingum River 
Picway 
Rockport 
Smith Mtn. (Pumped Storage) 
Sporn 
J. M. Stuart 
J. M. Stuart (Diesel) 
Tanners Creek 
Waterford (Gas) 
W. H. Zirnmer 
Conventional Hydro 

AEP SYSTEM - EAST ZONE 
AND INDIANA MICHIGAN POWER COMPANY 

GENERATING CAPACITY IN SERVICE (A) 

CAPABILITY - MW 
AEP SYSTEM I&M (B) 

UNITS NOTES Winter (H) Summer (G) Winter (H) Summer (G) 

1-3 
6 

1-2 
1 

1-6 
1-3 

3,5-6 
4 

1-2 
1-6 
1-2 
5-6 
1-3 
1-2 
1-6 
1-2 
I 

1-5 
5 

1-2 
1-5 
1-5 
1-4 
1-4 
1-4 
1-4 
1 

Total Excl. Buckeye 

Total Incl. Buckeye 
Cardinal (Buckeye Power) 2-3 (D) 

Capacity Purchases 
Clifty & Kyger (OVEC) 1-6 (E) 
Beach Ridge (Wind) (1 )  
Camp Grove (Wind) (1 )  
Fowler Ridge Phase 1 & 3 (Wind) (1 )  
Grand Ridge Phase 2 & 3 (Wind) (1 )  
Fowler Ridge Phase 2 (Wind) (1) 
Wyandotte (Solar) (1) 
Robert Mone (Gas) 1-3 (F) 
Constellation Energy (Gas) 
SEPA (Hydro) 
Summersville (Hydro) 

Total Purchases 

Total Incl. Buckeye and Purchases 

NOTES 
A. Except where stated otherwise, all units are coal fired. 

2,900 
52 

1,078 
595 
51 6 
705 
965 
337 

2,191 
507 

2,640 
335 
630 
400 

1,186 
1,560 
1,320 
1,440 
100 

2,620 
586 

1,050 
604 
3 

995 
840 
330 
133 

26,618 
1,225 

27,843 

980 
13 
17 
31 
13 
20 
1 

135 
31 5 
4 
28 

1,556 

29,398 

2,865 
52 

1,078 
585 
450 
690 
965 
337 

2,059 
438 

2,630 
325 
400 
400 

1,120 
1,560 
1,305 
1,375 

95 
2,615 
586 
580 
604 
3 

985 
81 0 
330 
98 

25,340 
1,215 

26,555 

947 
13 
20 
36 
19 
24 
4 

49 
31 5 
4 
14 

1,445 

27,999 

2,191 

2,227 

995 

15 
5,428 

5,428 

177 

16 

7 

26 
61 
1 

287 

5,715 

2,059 

2,223 

985 

12 
5,279 

5,279 

171 

17 

8 

9 
61 
1 

267 

5,546 

6. I&M plant capabilities based on AEP System Interconnection Agreement pool view. 
C. Capability shown reflects CSP's share of unit owned jointly with CG&E and DP&L. 
D. Cardinal Units 2 and 3 are owned by Buckeye Power, Inc. 
E. AEP's and I&M's PPR shares of OVEC purchase. 
F. Capability shown for I&M reflects I&M's MLR share of the Mone purchase. 
G. Expected capacity at time of AEP and I&M Summer 201 1 peaks. 
H. Expected capacity at time of AEP and I&M Winter 20101201 1 peaks. 
I. Wind and Solar capacity values are assumed to be 13% and 38% of nameplate or based on historical performance. 
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AEP System-East Zone 
Peaking Capacity Options (Multiple Unit Installations) 

Levelized 40-Year Busbar Costs 
Based on EFORds 

(201 2-2051) 
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AEP System-East Zone 
Intermediate Capacity Options (Inc. Duct Firing and New Option w/90% C02 Capture) 

Levelized 40-Year Busbar Costs 
Based on EFORds 

(2012-2051) 
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AEP System-East Zone 
Base Load Capacity Options with 90% C02 Capture 

Levelized 40-Year Busbar Costs 
Based on EFORds 

(201 2-2051) 
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AEP System-East Zone 
Base Load Capacity Options 

Levelized 40-Year Busbar Costs  
Based o n  EFORds 

(2012-2051) 
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Year 
201 2 
201 3 
2014 
201 5 
201 6 
201 7 
201 8 
201 9 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 

Forecasted Capacity Prices 

Per Fundamental Analysis I H-2011 Forecast 
$/MW-Day (Nominal) 

201 2-2030 

AEP GEN HUB (PJM RTO) 

Fleet Transition 
Carbon Adjusted 

Fleet Transition 

(FT Case) 
$55.44 
$23.03 
$26.14 
$25.00 
$58.67 
$1 28.80 
$1 62.33 
$1 94.72 
$226.01 
$255.14 
$282.32 
$31 1.63 
$327.79 
$343.29 
$358.1 1 
$372.21 
$385.56 
$397.73 
$409.05 

(FTCA Case) 
$55.44 
$23.03 
$26.14 
$25.00 
$52.56 
$1 26.00 
$1 59.61 
$1 92.27 
$224.01 
$253.29 
$280.43 
$306.72 
$322.74 
$345.90 
$357.93 
$368.96 
$378.93 
$387.42 
$394.76 

Low Band 

(L Case) 
$55.44 
$23.03 
$26.14 
$25.00 
$25.00 
$25.00 
$66.67 
$121.58 
$238.36 
$308.32 
$307.94 
$308.79 
$31 0.91 
$314.36 
$31 9.64 
$326.01 
$333.89 
$343.07 
$353.73 
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Exliib i t 8 - 3 

Forecasted Energy Prices 

Per Fundamental Analysis 1 H-2011 Forecast 
$/MWVh (Nominal) 

201 2-2030 

AEP GEN HUB (PJM RTO) 

Fleet Transition 

(FT Case) 
Year On-Peak Off-peak 
2012 $45.47 $27.57 
2013 $49.56 $30.97 
2014 $53.17 $32.76 
2015 $54.11 $33.57 
2016 $54.18 $32.67 
2017 $67.17 $48.10 
2018 $69.34 $49.84 
2019 $71.01 $52.41 
2020 $71.76 $54.41 
2021 $72.16 $55.75 
2022 $73.74 $57.00 
2023 $75.01 $57.29 
2024 $76.72 $58.79 
2025 $77.18 $60.16 
2026 $78.85 $61.41 
2027 $79.43 $62.51 
2028 $81.36 $63.65 
2029 $82.43 $65.04 
2030 $83.21 $65.77 

Fleet Transition 
Carbon Adjusted 

(FTCA Case) 
On-Peak Off-peak 
$46.84 $27.42 
$50.04 $30.73 
$53.56 $32.93 
$54.92 $33.53 
$55.58 $32.63 
$57.29 $33.79 
$60.51 $36.08 
$61.93 $37.97 
$63.30 $39.89 
$64.04 $41.29 
$72.78 $51.50 
$74.37 $52.71 
$75.48 $53.94 
$77.35 $55.55 
$78.47 $56.66 
$79.73 $57.44 
$81.84 $59.20 
$82.1 3 $60.20 
$83.85 $61.62 

Low Band 

(L Case) 
On-Peak Off-peak 
$41.52 $25.09 
$44.95 $28.02 
$48.82 $30.01 
$49.31 $30.22 
$49.59 $29.25 
$50.54 $29.93 
$52.62 $31 .I 5 
$53.58 $32.91 
$55.16 $35.29 
$55.87 $36.1 9 
$65.00 $46.65 
$67.1 2 $48.08 
$67.91 $48.89 
$68.47 $49.98 
$68.77 $50.37 
$71 .I 8 $52.24 
$71.75 $52.78 
$73.03 $54.1 6 
$73.58 $54.88 
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Exliibi t 8-5 I 
i 

Year 
201 2 
201 3 
201 4 
201 5 
201 6 
201 7 
201 8 
201 9 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 

Forecasted COz Prices 

Per Fundamental Analysis 1 H-2011 Forecast 
$/Tonne (Nominal) 

201 2-2030 

Fleet Transition 

(FT Case) 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$1 8.74 
$19.84 
$20.94 
$22.05 
$22.33 
$22.62 
$22.92 
$23.21 
$23.51 
$23.82 
$24.1 3 
$24.45 
$24.77 
$25.07 

Fleet Transition 
Carbon Adjusted 

(FTCA Case) 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$1 5.08 
$1 5.28 
$1 5.48 
$1 5.67 
$1 5.88 
$1 6.08 
$1 6.29 
$1 6.50 
$1 6.72 

Low Band 

(L Case) 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$0.00 
$1 5.08 
$1 5.28 
$1 5.48 
$1 5.67 
$1 5.88 
$1 6.08 
$1 6.29 
$1 6.50 
$1 6.72 
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I&M Under Various Commodity Pricing (Feb Load Forecast) 
Capacity Resource Optimization 

Expansion Plan Summary 

2011-2014 
201 5 
2016 
201 7 
201 8 
201 9 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 
2034 
2035 
2036 
2037 
2038 
2039 
2040 

Fleet Transition 
201 1-2040 CPW ($000) 

Fleet Transition Carbon Adjusted 
201 1-2040 CPW ($000) 

Low Band 
201 1-2040 CPW ($000) 

"Base" Plan 

1- 618 MW CC 

2- 618 MW CC 

2- 618 MW CC 
1- 618 MW CC 

$1 7,198,538 

$16,614,321 

$17,238,172 

"Gas" Plan 

1- 618 MW CC 

2- 618 MW CC 

2- 618 MW CC 
1- 618 MW CC 

$17,363,153 

$1 6,815,432 

$17,374,907 

"Market" Plan 

201 MW - ICAP 
135 MW - ICAP 
103 MW - ICAP 
88 MW - ICAP 
78 MW - ICAP 
35 MW - ICAP 
50 MW - ICAP 
57 MW - ICAP 
70 MW - ICAP 
1- 618 MW CC 

2- 618 MW CC 

2- 618 MW CC 
1- 618 MW CC 

$1 7,263,653 

$1 6,713,730 

$17,292,470 
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Exhibit 8- 12 

INDIANA MICHIGAN POWER COMPANY 
INTEGRATED RESOURCE PLAN 

FINANCIAL INFORMATION 
($ Millions) 

Nominal Value 

201 I 
201 2 
201 3 
201 4 
201 5 
201 6 
201 7 
201 8 
201 9 
2020 
2021 

Notes: 

1310 
1417 
1523 
1533 
1579 
1750 
1781 
1818 
1841 
1901 
1949 

11.80% 
11.80% 
11.80% 
11.80% 
11.80% 

1 I .80% 
1 I .80% 
11.80% 
1 1.80% 
I I .80% 

11.80% 

1310 
1267 
1218 
1097 
101 1 
1002 
91 2 
833 
754 
697 
639 

1310 
1390 
1466 
1449 
1464 
1591 
1590 
1592 
1582 
1603 
1612 

5.61 
5.79 
5.51 
5.47 
5.55 
6.06 
6.08 
6.12 
6.1 0 
6.19 
6.21 

( I )  Present values are calculated using a mid-year convention along with EM'S 
discount rate (shown above). 

(2) Real dollar values are calculated using an inflation rate of I .91%. This rate 
is estimated to be an average for all customers. 

(3) Discount Rate based on incremental pretax weighted average cost of 
capital per Finance Dept. 

(4) Average rate calculated by dividing Real Value of Revenue Requirements 
by Internal GWh Sales. 

(5) Data is only available through 2021. 



Exhibit 9-1 

Forecasted Capacity Prices 

Per Fundamental Analysis I H-201 I Forecast 
$/MW-Day (Nominal) 

201 1-2030 

AEP GEN HUB (PJM RTO) 

Year 
201 2 
201 3 
2014 
201 5 
201 6 
201 7 
201 8 
201 9 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 

Fleet Transition 
Carbon Adjusted 

(FTCA Case) 
$55.44 
$23.03 
$26.14 
$25.00 
$52.56 
$1 26.00 
$1 59.61 
$1 92.27 
$224.01 
$253.29 
$280.43 
$306.72 
$322.74 
$345.90 
$357.93 
$368.96 
$378.93 
$387.42 
$394.76 
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2012  

2013 

2014 

2015  

2016  

2017  

2018  

2019  

2020  

2 0 2 1  

I &M 
ESTIMATED "AVOIDED COSTS" OF ENERGY 

FOR ASSUMED LEVELS OF COGENERATION PURCHASES 
2012 - 2 0 2 1  

(Cents Per Kilowatt-Hour) 

ASSUMED COGENERATION PURCHASE LEVEL 
100-MW Block 

Peak 

3 . 4 2  

3 . 2 9  

4 . 4 0  

4 . 4 6  

3 . 9 4  

3 . 8 5  

4 . 0 0  

4 . 1 6  

4 . 2 3  

4 . 3 4  

Off-peak 

2 . 9 2  

2 . 9 1  

3 . 7 1  

3 . 4 6  

3 . 1 5  

3 . 1 0  

3 . 2 1  

3 . 3 5  

3 . 4 3  

3 . 5 3  

Notes: A. Seasonal differences in energy costs are not 
sufficiently significant and/or consistent to warrant 
establishment of separate seasonal costing periods 

B. The peak costing period is 0700 to 2 1 0 0  local time 
Monday through Friday. All other hours comprise the 
off-peak costing period. 

C. Energy costs are expressed in current-year dollars. 
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Appendix A 

Indiana Michigan Power Company 

Model Equations 

Results of Statistical Tests and Input Data Sets 

Pertaining to the 2011 Load Forecast 

ED ON CD) 

- 12-2 - I&M 201 1 
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INDIANA MICHIGAN POWER COMPANY 

HOURLY INTERNAL LOADS 

2010 

(PROVIDED ON CD) 

- 12-3 - I&M2011 



Appendix C 

AEP SYSTEM / INDIANA MICHIAN POWER COMPANY 

HOURLY FIRNI-LOAD LAMDAS 

2010 

(Note: No longer available due to I&M’s participation in PJM. 
AEP joined PJM effective 10-1-04) 

- 12-4 - I&M 201 1 
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Indiana Michigan Power Company 

Load Research Class Interval Usage Estimation Methodology 

12-8 
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Appendix E 

Load Research Class Interval Usage Estimation Methodology 

AEP is a participating member of the Association of Edison Illuminating Companies 
(AEIC) Load Research Committee, was a significant contributor to the AEIC Load 
Research Manual, and uses the procedures set forth in that manual as a guide for load 
research practices. AEP inaiiitains an on-going load research program in each retail rate 
jurisdiction which enables class hourly usage estimates to be derived from actually 
metered period data for each rate class for each hour of each day. The use of actual 
period metered data results in the effective capture of weather events and economic 
factors in tlie representation of historical usage. 

For each rate class in wliich customer maximum demand is normally less than 1 MW, 
a statistical random sample is designed aiid selected to provide at least 10% precision at 
the 90% confidence level at times of company monthly peak demand. In the sample 
design process, billing usage for each customer in the class is utilized in conjunction with 
any available class interval data to determine the optimal stratified sample design using 
the Dalenius-Hodges stratification procedure. Neyman Allocation is used to determine 
the iiecessaiy iiuiiiber of sample customers in each stratum. All active customers with tlie 
requisite data available in the rate class population are included in the sample selection 
process, which uses a random systematic process to select primary sample points and 
baclcup sample points for each primary point. 

For selected sample sites that reside within an AMI area, the interval data is extracted 
fi-om the Meter Data Management System and imported into tlie ITRON MV90 System. 
For selected sample sites that reside outside of an AMI area, each location undergoes 
field review and subsequent installation of an interval data recorder. The recorder is 
noimally set to record usage in fifteen minute intervals. For rate classes in which 
customer maximum demand is noimally 1 MW or greater, each customer in the class is 
interval metered, aiid tliese are referred to as 100% sampled classes. The interval data is 
retrieved at least monthly, validated tlirougli use of the ITRON MV90 System, edited or 
estimated as necessary, and stored for analytical purposes. The status of each sample 
point undergoes on-going review and backup sample points replace piimaiy sample 
points as facilities close, change significant parameters such as rate class, or become 
unable to provide required information due to safety considerations. This on-going 
sample maintenance process ensures reasonable sample results are continuously 
available, and samples are periodically refreshed through a completely new sample 
design and selection process to capture new building stock and when necessary to capture 
rate class structure changes. 

Prior to analysis, as an additional verification that all interval data is correct, interval 
data for each customer is summed 011 a billing month basis and the resulting total energy 
and maximum demand are compared to billing quantities. Any significant discrepancies 
between the interval data and tlie billing quantities are hrther investigated and corrected, 
as needed. Rate class analysis is then perfoimed through the MV90 Load Research 
Package. This iiidustry accepted program combines the individual customer hourly data 
for each sample point in each stratum, weights the stratum results according to the 
original sample design parameters, and combines the weighted stratum results into class 
level results. The analysis provides hourly load estimates at both the straturn and class 
levels, and standard summary statistics, including non-coincident peaks, coincident 
peaks, coincidence factors, and load factors, at the class, stratum, and sample point levels. 
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The resulting class hourly load estimates are examined through various graphical 
approaches, the summary statistics are reviewed for consistency across time, and the 
monthly sample class energy results are compared against billed and booked billed and 
accrued values. Any anomalies are investigated, and a rate class analysis may be re- 
worked if the investigation shows that is necessaiy. When analysis and review of all rate 
classes is completed, losses are applied to the hourly rate class estimates, the class values 
are aggregated, aiid the resulting total estimate is compared to tlie coinpaiiy hourly load 
derived from the system iiiterchange and generation metering. Any significant 
differences between the customer level load research derived numbers and the system 
level iiumbers are investigated, and class results may be re-analyzed, if necessary. 

Rate classes are often comprised of combinations of commercial and industrial 
customers. Separate commercial and industrial hourly load estimates are developed after 
rate class analysis is completed. Monthly billing usage for each commercial and 
industrial customer is acquired from the customer information system and is imported 
into the Keina Load Research Analysis System, along with the sample point interval data 
available from the rate class random aiid 100% samples. The sample interval data is 
post-stratified aiid weighted to represent the commercial and industrial class populations, 
and total class hourly load estimates are developed. Losses are then applied to the 
resulting commercial and industrial class estimates, the values are combined with the 
residential class hourly load estimates from the rate class analysis, the class values are 
aggregated, and the resulting total estimate is compared to the company hourly load 
derived from the system interchange and generation metering. Any significant 
differences between the load research derived numbers and the system level numbers are 
investigated, aiid class results may be re-analyzed, if necessary. Final residential, 
commercial, and industrial class hourly load estimates are provided to the forecasting 
organization for use in the long-teim forecasting and plaiming process. 



EXHIBIT 

BEFOM 
THE PUBLIC UTILITIES COMMISSION OF O€€lO 

In the Matter of the Application of 1 
) 
) 

) 
) 

Colutnbus Southem Power Company and 
Olio Power Company for Authoiity to Case No. 1 1 -346-EL-SSO 
Establish a Standard Seivice Offer ) Case No. 11-348-EL-SSO 
Pursuant to 54928.143, Olio Rev. Code, 
in the Form of an Elecbic Security Plan. 

Case No. 11-349-EL-AAM Columbus Southern Power Company and 
Ohio Power Company for Approval of ) Case No. 11-350-EL-AAM 

In the Matter of the Application of 1 

Certain Accounting Authoiity 1 

) 

DIRECT TESTIbIONY OF 
ROBERT P. POWERS 

IN SUPPORT OF AEP OElIO’S 
MODIFIED ELECTRIC SECURITY PLAN 

Filed March 30,2012 

SCEXHIBIT /7 



INDEX TO DIRECT TESTIMONY OF 
ROBERT P . POWRS 

Personal Data .................................................. 2 

Purpose of Testimony ........................................ 4 

Witnesses in the Case and Sponsored Testimony ......... 5 

Ohio Regulatory Background ................................ 7 

Overview ofthe Modified ESP II ........................... 10 

Capacity Prices ................................................ 13 

Retail Stability Rider .......................................... 17 

Competitive Bid Auction Process ........................... 18 

Corporate Separation Overview ............................. 20 

Other Options ................................................. 23 

Aggregate Market Rate Offer (MRO) Test ................ 23 

Conclusion ...................................................... 24 

1 



BEFORE 
T€€E PUBLIC UTLITIES COMMISSION OF OHIO 

DIRECT TESTIMONY OF 
ROBERT P. POWRS 

ON BEHALF OF 
OHIO POWER COMPANY 

1 PERSONAL DATA 

2 Q. WHAT IS YOUR NAME AND BUSINESS ADDRESS? 

3 A. My name is Robert P. Powers and my business address is 1 Riverside Plaza, Columbus, 

4 Ohio 43215. 

5 Q. BY WHOM ARE YOU EMPLOYED AND IN WHAT CAPACITY? 

6 A. 

7 

I am employed by the Ameiican Electric Power Sei-vice Coiyoration (AEPSC), a unit of 

Ameiican Electric Power (AEP). My title is Executive Vice President and Chief 

8 Operating Officer of AEP which includes AEP Ohio, an operating unit of AEP. AEP 

9 Ohio was comprised of both Columbus Southern Power Company (CSP) and Ohio Power 

10 Company (OPCo) until December 30, 2011 at which time CSP was approved to merge 

11 into OPCo. Thus, the testimony hereby refers to OPCo as AEP Ohio or the Company. 

12 Q. WHAT ARE YOUR RESPONSIBILITIES AS EXECUTIVE VICE PRESIDENT 

13 AND CHIEF OPERATING OFFICER OF AEP UTILITIES? 

14 A. I am directly responsible for the overall operations of Commercial Operations, Customer 

15 and Distribution Services, Generation, Nuclear Generation, Fuel and Environmental 

16 Logistics, Regulatory Seivices, and AEP Utilities, which includes both West and East 

17 Utilities, including AEiP Ohio. As a part of my responsibilities, I oversee and lead AEP 

18 

19 Q. WELAT IS YOUR EDUCATIONAL AND PROFESSIONAL BACKGROUND? 

in establishing goals that are designed to benefit customers and shareholders. 
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I earned a bachelor's degree hi biology fiom Tufts University in Boston and a master's 

degree in radiological hygiene (health physics) fiom the University of Noivl Carolina. I 

earned national ceitification by the Ameiican Board of Health Physics and eamed my 

senior reactor operator cei-tification hi 1991. Additionally, I completed the executive 

management programs mi by the University of Califoinia - Berkeley and Duke 

University. 

I joined the utility industxy in 1976 when I was hired by the Tennessee Valley 

Authority in the nuclear program, focusing on radiation measurement and environmental 

assessment of the utility's nuclear power plants and uranium mining properties. In 1982, 

I joined Pacific Gas & Electric Company's Diablo Canyon Nuclear Generating Station as 

a health physicist. I was employed by PG&E for 17 years and held various positions 

until becoming vice president. In 1998, I joined AEP as Senior Vice Resident-Nuclear 

Generation. I was then promoted to Executive Vice-President-Nuclear and Technical 

Services and subsequently Executive Vice President of Generation which expanded my 

responsibilities to include, not only nuclear operations, but fossil-fuels as well. In 2006, I 

assumed the position of Executive Vice-president of AEP East Utilities, responsible for 

AEP's utility operating units that serve approximately 3.2 million customers in the states 

of Indiana, Kentucky, Michigan, Oluo, Tennessee, Virginia and West Virginia. In 2010, 

I assumed the position of Resident of AEP Utilities which included responsibilities for 

all utility and regulatoiy assets of AEP operations. I have served in my current role as 

Execuitive Vice President and Chief Operating Officer of AEP since November 201 1. 

HAVE YOU PREVIOUSLY SUBNIIT'IXD TESTIMONY BEFORE A 

REGVLATORY AGENCY? 
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1 A. Yes. I have testified before the US. Nuclear Regulatoiy Commission in licensing 

2 hearings, and in proceedings conducted by the State of South Dakota on the 
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environmental impact of utility operations. 

PURPOSE OF TESTIMONY 

Q. 

A. 

WHAT IS THE PURPOSE OF YOUR TESTIMONY? 

The purpose of my testimony is to present to the Public Utilities Commission of Ohio 

(Commission) AEP Ohio’s Standard Seivice Offer (SSO) in the modified ESP cases 

currently pending which are Case No. 11-346-EL-SSO for CSP and Case No. 11-348-EL- 

SSO for OPCo (ESP II). Further, I will provide an oveiview of the Company’s modified 

ESP I1 plan, in accordance with the Commission’s order on Febiwuy 23, 2012, which 

covers the period iiom June 1, 2012 though May 31, 2015. I will introduce the 

witnesses in the modified ESP 11 filing, AEP Ohio’s commitment to a reasonable 

transition to a competitive market, the value that a competitive market involvitlg a 

15 

16 

17 

reasonable transition can provide to both our customers and investors, and the unique 

risks within the State of Ohio’s electr-icity environment. While AEP Ohio is presenting a 

compromise solution in the modified ESP 11 that includes discounted capacity as well as a 

18 

19 

transition to market, AEP Ohio’s litigation position in the capacity charge proceeding 

(Case No. 10-2929-EL-UNC) remains intact. In other words, the Company seeks a 

20 wholesale cost-based capacity rate and reserves the right to pursue any available legal 

21 

22 

23 

remedies or avenues of relief before any administrative agency or federal or state court, 

unless the Commission issues fmal orders approving both the modified ESP II as 

presented and the corporate separation application as filed. Similarly, AEP Ohio would 
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not be willing to provide discounted capacity and transition as quickly to market as 

proposed in the modified ESP if it does not receive all the benefits of the balanced 

package of teims in the proposed ESP, including a mechanism to help ensure AEP Ohio's 

financial stability dui-iug the transition. 

Q. ARE YOU SPONSORING ANY EXHIBITS AS A PART OF YOUR 

TESTIh!lONY? 

Yes, I arn sponsoring Exhibit RPP-1. A. 

WITNESSES IN THE CASE AND SPONSORED TESTIMONY 

Q. 

A. 

HOW IS TElE R'IODIFIED ESP 11 FILNG ORGANIZED? 

AEP Ohio has 12 wihesses suppoi-ting various key issues for the modified filing. The 

following table - Table 1: Witnesses in the Modified ESP II suininai-kes and seives to 

intxoduce the witnesses, the general ESP subject area they are sponsoring, and a biief 

description of their testimony. 

Table 1: ' 
Witness 

Robert 
Powers 

Selwyn 
Dias 

Philip 
Nelson 

'itnesses in the ICIodXied ESP I1 
General Subject Area I General Description of Testimony 

Overview of the ESP 

General Policy Witness 

Capacity Plan 
Corporate Separation 

Fuel Adjustment Clause PAC) 
Generation resource rider (GRR) 
Alternative energy rider (AER) 
Pool termination & modification 

0 Overview of the modified ESP 
Capacity price overview 
Retail Stability Rider 
Auction process overview 

0 Corporate separation oveiview 
Integrated package of terms and 
conditions 
Advancenient of state policies 

0 Coniponents of the modified ESP riders 
Alternative Energy Standards 

Phase In Recovelery Rider 
0 FRRlCapacity obligation 
0 Transfer of AEP Ohio genelation assets 
* Cost Recovery Mechanisms for fiiel, 

renewable energy credits, new capacity, 
and pool tennination 
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Witness 

David 
Roush 

William 
Allen 

Laura 
Thomas 

Renee 
Hawkins 

Oliver 
Sever 

Thomas 
Mitchell 

Thomas 
Kirkpatrick 

Jay 
Godfiey 

Frank 
Graves 

General Subject Area 

Taiiffs and Rate Design 
Customer Rate Impacts 

Capacity Pricing 
Distribution Investment Rider @IR) 

Retail Stability Rider (RSR) 
Detailed hnplementation Plan @IF) 

Aggregate Market Rate Offer (MRO) 
Test 

AEP Ohio’s Capital Structure 
Securitization of Defeired Fuel 
Updated credit agency reports 

Pro-foim financial statements 

Regulatory accounting 

Distxibution Investment Rider @R) 
Enhanced Service Reliability Rider 

Stonn Damage Recovery Mechanism 
gridSMART0 

Request pivdency for cost recovery 
of the Timber Road wind renewable 
energy power purchase agreement 

Capacity Markets and the Reliability 
Piicing Model 

(ESRR) 

W P A )  

General Description of Testimony 

Modfications to the tariffs, teirns and 
conditions of setvice 
Design of the proposed rates and riders 

0 In~plenientation and bill impacts 

Two tiered capacity piicing 
0 Description of how tlie DIR will function 

and the DIR revenue requirement 
Need for and basis for tlie RSR 
Customer switcl-irg levels 
Aggregate MRO test 

0 Competitive benchnark price 
development 

0 Capitalization, weighted average cost of 
capital (WACC), and cmying costs 

0 Rationale and benefits of securitization 
of Deferred Fuel 
Recent credit agency reports indicate tlie 
negative impact of the revoked ESP on 
the Company’s credit 
Forecast methodology 
Forecast assumptions and results 

0 Regulatoiy accounting details for 
proposed riders 

0 Regulatory accounting for futtue 
recovery of deferrals 
Overview and description of the 
Disbibution investment rider, which 
includes investment in Distribution 
progmuls 
Vegetation program, gridSMARTQ 
program, and stoini &amage 
Company’s experience in renewable 
energy 

0 Ohio renewable energy market 
Timber Road wind REPA 
Detailed discussion of P M  capacity 
market 

The iiders the witnesses are sponsoring in th is case help ensure the SSO will provide rate 

ceitainty and stability as directed by the Commission in their Febniary 23, 2012 order. 

The riders in the modified ESP LT are consistent with other Ohio utility riders that are in 

existence. For example, in Case No. 10-388-EL-SSO, Opinion and Order (August 25, 
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2010), the Commission approved FirstEnergy’s most recent ESP case and a proposed 

Distribution infrastructure rider, DCR, and a rider to recover the costs of FirstEnergy’s 

smaxt grid plan. In Case No. ll-3549-EL-SSO, Opinion and Order (November 22, 

201 l), the Commission approved Duke Energy Ohio’s ESP case which allowed for an 

Electric Seivices Stability Charge iider (which aligns to the AEP Ohio’s Retail Stability 

Rider) and full corporate separation of Duke Energy Ohio’s generation from their 

distribution SZ transraission assets. The modified ESP II plan properly balances the 

interests of the Competitive Retail Electric Seivice (CmS) providers, AEP Ohio, and the 

interests of its customers. 

OHIO REGULATORY BACKGROUND 

Q. CAN YOU SmmJARIZE AEP OHIO’S REGULATORY EXPERIENCE SINCE 

TECE ADVENT OF ELECTRIC RESTRUCTURING I N  OHIO? 

Yes. M e r  the passase of SB 3 in 1999, AEP Ohio did not seek recoveiy of stranded 

investment costs for its generation fleet. AEP Ohio has provided below market 

generation rates for the past decade, using its low cost generation assets. By contrast, 

A. 

other Ohio utilities such as the FirstEhergy operating companies recovered billions of 

dollars of stranded investment costs under SB 3, based on the book value of their 

generation fleet being much higher than projected market prices. 

Following SB 3’s market development period (MDP) when generation rates were 

supposed to be market-based, the Commission ordered EDUs to avoid market-based rates 

and provide rate stabilization plans (RSPs).’ The RSPs were to promote rate ceitainty, 

In re DP&L, Case No. 02-2779-EL-ATA, Opinion and Order (September 2,2003) at 29. 
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financial stability, and allow for competitive m k e t  development piior to charging 

customers market-based rates.2 In AEP Ohio’s RSP case, the Commission stated: 

At the outset, we will note that AEP proposed a rate stabilization plan because we 
requested it.3 

The Commission found a competitive bidding process (CBP) would not be effective and 

that the Company’s proposed rates were more favorable to customers than the market- 

based rates would be because competitive markets had not adequately developed. That 

finding was based on the fact that market piices for generation were higher and more 

volatile than the stable, low piices that AEP Ohio was providing though its regulated 

generation rates. 

Similarly, in 2005, the Commission ordered AEP Ohio to negotiate for the purchase of 

the Monongahela Power Company (MOB Power), in order to avoid rate shock for Mon 

Power customers going to market generation rates.’ The Commission deteimined that 

Moa Power customers would be: 

. . .far better off under the rates established under the Companies’ proposal than by 
being served at a CBP provided by Monongahela Power.” 

Even after the passage of SB 221, the Commission adopted “exclusive supplier” 

provisions inserted into the Onnet and Erarnet special contracts over AEP Ohio’s 

objection, whereby Oilnet and Eramet were not peimitted to shop for ten years (even 

thou& AEP Ohio advocated that the customers should retain their ability to shop); the 

load associated with these contracts was equivalent to the load of more than 500,000 

* In re Ohio Edison, Case No. 03-1461-EL-UNC, Entry (September 23,2003) at 4-5. 
In re AEP Ohio, Case No. 04-169-EL-UNC, Opinion and Order (January 26,2005) at 13. 
Id. At 14 
In re Monongahela Power, Case No. 05-765-EL-UNC, Entry (June 14,2005) 
Opinion and Order (November 9,2005) at 10. 
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residential homes.7 Thus, AEP Ohio’s experience during the SB 3 restructuring era was 

that the Commission would not move toward competition (in an apparent effort to protect 

customers fiom higher market-based rates) and acted to prevent utilities fi-om collecting 

the higher market-based rates, instead pushing the utilities toward a regulated structure. 

Those same policy conceins led the Cornrnission to conclude in AEP Ohio’s first ESP 

case filed under S.B. 221 that, to take advantage of AEP Ohio’s low-cost generation, “it 

is essential that the plan we approve be one that _ _ _  provides future revenue certainty for 

the Companies, and affords rate predictability for the customers.” (ESP 1, March 18, 

2009 Opinion and Order at 72.) 

In the same vein, based on its desire to maintain stable, low rates that AEP Ohio 

was providing and avoid being subject to the market, the Commission strongly 

encouraged AEP Ohio to operate under the Fixed Resource Requirements (FRR) option 

for serving AEP Ohio’s SSO load as a member of PJM Interconnection LLC (PJM). In 

its public comments filed at FERC in advance of a FERC Staff Technical Conference on 

June 7, 2006, this Commission’s Staff stated that it “would like to compliment the FERC 

for accepting the traditional resource requirement approach (the Fixed Resource 

Requirement option) as a legithate alternative to RPM.” As an FRR entity, AEP Ohio 

must self-supply its capacity to serve its load (rather than procuring it though the RPM 

market) and it has the option to establish cost-based charges for CRES providers using its 

capacity to serve retail customers. AEP Ohio’s decision to pursue a cost-based capacity 

charge is under active consideration in the 10-2929 Commission case. In any case, as 

h l h e r  discussed below, AEP Ohio is contractually committed to FRR capacity supply 

throughMay 31,2015. 

Case No. 09-1 19-EL-UNC and 09-563-ELUNC 
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PLEASE SUMMARIZE AEP 0~507s RECEPJT ESP PROCEEDINGS LEADING 

UP TO THE CURRENT FILING. 

Over a yeas ago on Janua~y 27, 2011, AEP Olio filed their ESP II plan in accordance 

with Senate Bill 221 (S.B. 221) requiting electric utilities to provide consumers with a 

SSO, consisting of either an ESP or a market rate offer (MRO). The law provides 

customers with the right to choose suppliers while the incumbent utility remains 

obligated as the provider of SSO seivice for all customers within its service territoiy 

regardless of each customer’s current choice of supplier. A Stipulation was filed in 

September 2011 on the oi.i,oinal ESP 11 plan and the Commission approved a modified 

Stipulation in December 201 1. In January 2012, the Stipulation order was mended and 

then entirely revoked in Febniaiy 2012 by the Commission. In March 2012, AEP Ohio 

was ordered by the Commission to provide for market-based piicing for SSO customers 

in a more expeditious manner than oilginally proposed in a modified ESP 11 plan.8 

OVERVIEW OF THE MODIFIED ESP 11 

Q. 

A. 

PLEASE PROVIDE Ai OVERVIEW OF THE MODIFIED ESP 11 PLAN. 

Virhile AEP Ohio understands the prospective alteration of past Ohio policy favoring a 

regulated structure and the Commission’s direction to expedite market pricing, AEP Ohio 

also requires a reasonable transition plan to be approved by the Commission so as not to 

financially harm the Company and to fulfill its pre-existing contractual obligations as an 

FRR entity. Therefore, the Company asks in this modified ESP II filing for the 

Cormnission to approve a reasonable and steady path to a fully Competitive business 

structure for AEP in Ohio. AEP Ohio’s modified ESP II provides an expeditious path to 

a fully competitive market without causing serious financial harm to the Company and a 

In AEP Ohio Case 10-2376-EL-UNC, e t d ,  Entry (March 7,2012) at 6 
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reasonable solution that aligns to the Company’s contractual obligations. To evidence its 

commitment to adhere to Ohio’s new policy directive, AEP Ohio did not pursue an FRR 

election for the 2015/2016 PJM planning year and, therefore, has submitted notice to 

PJM of its intent to participate in PM’s Reliability Pricing Model (RPM) for AEP Ohio’s 

load.g During the modified ESP PI transition plan timefiame, AEP Ohio proposes to 

coiyorately separate its generation and marketing functions fi-om its distribution and 

transmission businesses, to eliminate the AEP Interconnection Agreement (Pool 

Agreement), to justify the pending cost-based capacity compensation case, and to provide 

increasing discounts of capacity prices to competitive suppliers for AEP Ohio’s 

generation poitfolio. The combination of these directives supports the growth of robust 

competitive supply options for customers of AEP Ohio and suppoits the Ohio directive 

for expedited marketbased pricing. While the capacity charge question will be litigated 

in another case”, and the new coiyorate separation application will be filed with the 

Commission shortly, those separate case outcomes are key factors undeipinuing AEP 

Ohio’s modified ESP 11 proposal in this proceeding. Further, with the modified 

Distiibution Investment Rider (DR) mechanism, the Company will be able to sustain 

critical investments that benefit customers by maintaining and improving service 

reliability. Thus, the path will be cleared for competitive market-based auctions to sei-ve 

AEP Ohio’s full SSO energy load be,%g January 2015 and its fiill SSO capacity and 

energy requirements beginning in June 2015; further, as discussed below, the Company is 

also proposing as part of the ESP package to conduct a smaller scale SSO energy auction 

for delivery starting six months after final orders approving the requests are issued in this 

Case 10-2929-EL-UNC, filed March 23,2012 
lo Case No. 10-2929-ELUNC 
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13 TABLE 2: MODIFIED ESP 11 RATE PLAN 

proceeding and the corporate separation docket. AlEP Ohio’s proposals to promote a 

fully competitive SSO will enhance competition considerably faster than is possible 

under a m k e t  rate option and are simply not possible outside the context of the modified 

ESP package with a reasonable transition proposed by the Company. This integrated 

plan represents a significant number of changes to the Company’s operating business 

model, and provides for a balanced outcome for all stakeholders. The modified ESP 11 

assures the availability of reliable supplies of power during the market transition period at 

reasonable and stable rates for the Companies’ generation SSO customers, ful-ther 

enhances competitive oppoitunities for customers and suppliers, provides stable 

distribution rates for customers, and provides for enhanced service reliability. For a 

s m a r y  of the modified rate plan, please see Table 2 below: 

12 



I Columbus Southern Power Rate Zone 

1 

2 

3 

4 

5 

6 

7 

8 
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10 

11 

12 

13 

Monthly Bills 
Tariff Household Current Proposed Change - 

1,000 kWh usage $121 $128 6% R-R Winter Bill 
2,000 kWh usage $'I 89 $1 99 5% R-R Winler Bill 

Small Business 
1,000 kW demand and 100,000 kWh usage $'16,064 $16,354 2% GS-2 Primary 
1,000 kW demand and 300,000 kWh usage $32,243 $33,187 3% GS-3 Primary 

Industrial Business 
20,000 kW demand and 6 million kWh usage $436,143 $437,708 0% GS-4 
20,000 kW demand and 12 million kWh usage $707,544 $716,633 1 % GS-4 

Ohio Power Rate Zone I 
Monthly Bills 

Household Current Proposed Change 
1,000 kWh usage $113 $120 6% RS Bill 
2,000 kWh usage $21 2 $223 5% RS Bill 

Small Business 
1,000 kW demand and 100,000 kWh usage $14,261 $94,999 5% GS-2 Primary 
1,000 kW demand and 300,000 kWh usage $29,6'15 $30,857 4% GS-2Primary 

Industrial Business 
20,000 kW demand and 6 million kWh usage $478,609 $492,257 3% GS-4 Transmission 
20.000 kW demand and 12 million kWh usaqe $712,971 $737.9'13 3% GS-4 Transmission 

The majority of the rate increases are distribution-related, but please see the testimony of 

Company witness Roush for the Table 2 details and specific customer impacts. The plan 

also continties AEP Ohio's existing support for a number of state policies as outlined by 

Company witness Dias. For an executive summary of the modified ESP II plan, please 

see Exhibit RPP-1 to my testimony. 

CAPACITY PRICES 

Q. 

A. 

WHAT ARE THE COR/ppONENTS OF THE WEEOLESALE POWER MARKET? 

Power markets are primarily comprised of capacity and energy, both of which are needed 

to provide generation service. Capacity can be described as the maximum physical plant 

output that a plant or a plant's unit can produce under cei-tain conditions; in other words, 

it equates to having the generation infrastructure so that it may be available for use and 
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piharily involves fixed costs based on long-teim investments. Energy is the actual 

output that is produced by the plant or imit and piimarily involves variable costs. 

Capacity, usually measured in megawatts (m, is necessary to ensure that customers 

have enough energy when they are operating at their highest demand. The energy 

produced, usually measured in megawatt hours ( N f W h ) ,  is dependent upon the needs of 

customers across all hours. 

In the PJM Reliability Pricing Model (RPM) market, load serving entities can 

self-supply generation resources (ie., elect to be an FRR entity) or procure needed 

capacity through the three-year foiward PJM auction. Under the FRR approach, a load 

serving entity opts out of the RPM market and secures its own capacity to serve its load. 

Under FRR, CRES providers may supply their own capacity if they participate as an FRR 

entity and commit resources thee years in advance; alteimtively, CRES suppliers can 

avoid long teim commitments and simply buy their needed capacity one day at a time 

fiom the FRR entity - AEP Oh0 (hke all of the CRES providers in Ohio have done to 

date). See the testimony of Company witness Graves for more detail on the PJM capacity 

market. With the modified ESP II, AEP Ohio has committed to adjust its business plan to 

a filly competitive energy and capacity market by June 1 , 2015 (once its FRR contractual 

obligation ends) to comply with the Commission's policy directive," though it is 

important to bear in mind that its willingness to do so is fidly dependent upon the total 

package of inter-related terms and conditions of the proposed ESP. In any case, due to 

AEP Ohio's contractual obligations as an FRR entity through mid-2015 and AEP Ohio's 

reliance on prior Commission policy, a reasonable transition period or glide path is 

needed to wind down the FRR contractual commitment and teiminate the Pool 

*' In AEP Ohio Case 10-2376-EL-UNC, Enby( March 7,2012) at 5-6 
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Agreement so the Company can get fi-om “point A” to “point B.” For additional detail on 

the three-year transition plan, see Company witness Nelson. 

PLEASE EXPLAIN THE NIODIF’JED ESP I1 PROPOSAL VVHICH PROVIDES 

AN INTERIM CAPACITY RATE? 

The AEP Ohio cost-based capacity charge, as presented in Case No. 10-2929-EL-uNC, 

is approximately $355MW day. As part of the integrated package of teims proposed in 

the modified ESP that would avoid causing seiious financial harm to AEP Ohio, the 

Company proposes to have a two-tiered capacity structure providing for RPM-priced 

capacity. The first tier is priced at cuuent RPM rates of $146/MW-day to serve 

approximately 2 1 % of each customer class through December 3 1, 20 12, approximately 

31% of each customer class during 2013, and approximately 41% of each class from 

January 1, 2014 through May 31, 2015. Additionally, for 2012, goveinmental 

aggregation initiatives approved in or before the November 2011 elections shall be 

awarded in 2012 as additional allotments of the $146/MW-day capacity piice, while the 

additional aggregation load will be included within the 31% and 41% set-aside levels in 

2013 and 2014, respectively. The remaining capacity prices would be offered at 

$255/MW-day, a substantial discount fi-om the cost incurred by AEP Ohio to provide 

capacity. Both tiers of capacity piicing offered as part of the modified ESP II package 

are significantly below the cost-based rate supported by AEP Ohio in its 10-2929 filing of 

$355fl)\lTw day. Additional detail regarding the capacity pricing proposal is provided 

below or in the testimony of Company witness Allen. 

PLEASE EXPLAIN HOW T€IE MODIF’IED ESP IT PLAN AS A WHOLE 

PROMOTES CONJPETITION? 
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As I mentioned above, the modified ESP II provides an accelerated patli to fully 

competitive markets for supplying electricity to AEP Ohio’s customers, while respecting 

AEP Ohio’s financial condition and its FRR obligations tln-ough May of 2015. By the 

Commission adopting the modified ESP II plan and agreeing to corporate separation and 

Pool Agreement elimination, the path is being cleared for competitive auctions to serve 

AEP Ohio’s SSO load. k i n g  the ESP 11 timefi-me, AEP Ohio will provide discounted 

capacity to CRES providers in order to support expedited growth of robust competitive 

supply options for SSO customers. Further, the Company will delay the Phase-In 

Recoveiy Rider (PIRR) and unification of the Fuel Adjustment Clause (FAC) until 2013, 

as discussed by Company witness Dias. There will be no net changes to overall 

generation base prices for SSO customers during this transition. In addition, AEP Ohio 

has seen significant customer switching at the $255iMW-day second tier capacity price. 

In his testimony, Company witness Allen projects substantially increased shopping based 

on the second tier capacity piicing: 

I 
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In shoit, the modified ESP II provides a rapid transition to complete corporate separation 

and elimination of the Pool Agreement, allowing for full market piicing in 2015 for 

competitive generation seivices, and provides for transparent and stable piicing during 

the transition period. As proposed, it provides benefits to both CRES providers and 

customers offering reasonable costs for supply, price stability and increased reliability. 

DOES TEE MODIFIED ESP PROMOTE COMPETITION IN OTHER WAYS 

AND ALSO PROMOTE OTHER POLICY OBJECTIVES OF 

Yes. A reasonable transition to market for AEP Ohio is needed to truly promote fair 

competition and to avoid causing seiious financial harm to AEP Oho, which would leave 

AEP Oh10 with no choice but to substantially curtail spending in Ohio and pursue its 

legal options. Thou& the proposed ESP, the Company is willing to stimulate shopping 

by providing discounted capacity and expedite the transition to competition faster than 

can be legally required, but only if the Commission approves the integrated package of 

teims proposed in the ESP that will maintain AEP Ohio’s financial health. In the guise of 

advancing competition, some paties will no doubt advocate that AEP Ohio provide 

additional discounts of its capacity or seek other subsidies, but requiring AEP Ohio to 

fcu-ther subsidize CRES providers would represent unfair competition and would ham 

AEP and its investors. To foster robust and fair competition that will produce low rates 

for all Ohioans, the Commission should approve the modified ESP, which ensures a 

reasonable transition to market and fair compensation for AEP Ohio’s generation 

resources that have been contrac~ually dedicated to serving its Ohio customers. This 

Commission should not consider altering AEP Ohio’s proposed ESP in a manner that will 

cause financial h m  to the Company. Doing so would force AEP Ohio to significantly 

S.B. 221? 
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reduce its spend in Ohio and inevitably lead to significant job reductions in Ohio (where 

thousands of mP employees and contractors work and pay taxes). Such a result would 

1-m directly counter to the State policy (in Section 4928.020, Ohio Revised Code) to 

facilitate Ohio’s effectiveness in the global economy. By contrast, the proposed modified 

ESP promotes many policy objectives of SI3 221, as is discussed in detail in the 

testimony of Company witness Dias. 

RETAIL STABILITY RIDER (RSR) 

Q. 

A. 

WHY IS THE RSR NECESSARY? 

From the Company’s perspective, the need for a RSR charge stems largely fiom the 

financial h a m  to m P  Ohio that would otherwise result fiom the modified ESP package 

as a whole. For example, the thee-year FRR commitment the Company has with PJM to 

supply capacity for AEP Ohio load, as well as the obligations that AEP Ohio has under 

the existing system Pool Agreement, must be considered as AEP Ohio transitions to 

market. Although the modified ESP 11 plan commits the company to a full competitive 

auction bid process for AEP Ohio’s SSO by June 1,2015, the Company must continue to 

meet its PJM capacity obligations dwing the interim. The need for a reasonable 

transition stems from AEP Ohio’s contractual FRR and Pool Agreement obligations as 

well as its reliance on more than a decade of direction fiom the Commission to avoid 

subjecting customers to market-based generation rates. Despite its legal commitments, 

the Company is offering to discount its capacity and will also continue to offer base 

generation rates at existing levels and bear the going-forward risk of environmental 
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compliance. In exchange for offering these and other benefits of the proposed ESP 

package, the Company proposes a RSR to decouple generation revenues over the ESP LI 

term ending May 31, 2015. The RSR will provide economic stability and certainty for 

AEP Ohio, ow customers and other stakeholders duuing the market transition term of the 

modified ESP II and until corporate separation and the Pool Agreement elimination is 

complete. Please see the testimony of Company witness Allen for additional details on 

the RSR. 

COMPETITIVE AUCTION BID PROCESS 

Q. 

A. 

Q- 

A. 

RECOGNIZING THE COA~JMISSION’S PRESENT DESIRE TO PROVIDE 

iVLMWET-BASED SSO PRICING IN AN EXPEDITIOUS .MANNER, WOULD 

AEP OHtO HAVE CONCERNS ABOUT PROCEEDING INIMEDIATELY TO AN 

AUCTION-BASED SSO? 

Yes. As explained by Company witness Nelson in his testimony, AEP Ohio would 

experience adverse financial risks and impacts that are not acceptable - particularly 

during the period prior to corporate separation and the AEP Pool being teiminated. 

WHEN IS AEP OHIO PROPOSING TO EMPLE’IS’IENT AN AUCTION-BASED 

SSO UNDER TKl3 MODIFIED ESP? 

AEP Ohio must have received final orders providing for the elimination of the Pool 

Agreement and for full corporate separation in order to implement its proposal to conduct 

energy auctions for 100% of &e SSO had, with delivery beginning Janiiary 2015. AEP 

Ohio would provide capacity support for the auctioned load at $255/Mvir-day. Within 90 

days of receipt of both final orders, AEP Ohio commits to filing a competitive bid auction 

19 



1 

2 

3 

4 

5 Q- 

6 

7 

8 A. 

9 

10 

11 

12 

13 

14 

15 

16 Q. 

17 

18 A. 

19 

20 

21 

22 

23 

process (CBP) case for its SSO load. While the details of AEP Ohio’s CBP will be 

foi-thcoming in another filing, AEP Ohio anticipates that the process will be much the 

sanie as other Ohio utility CBP filings approved by the Commission with the benefit of 

any guidance fiom the order in these proceedings or developments at the h e .  

PLEASE PROVIDE AN OVERVIEW OF THX COMPETITIVE BIDDING 

PROCESS THAT AEP OEUO WILL BE CONDUCTING FOR THE DELIVERY 

OF SSO SERVICE IN JANUARY 2015? 

It is expected that from Janua~y 1,2015-May 31,2015, a CBP will deteimine the pilce of 

energy for AEP Ohio. Beginning June 1, 2015, a CBP will deteimine 100% of the SSO 

energy and capacity piices for AEP Ohio’s SSO load. At this time, since AFiP Ohio’s 

FRR obligation will be teiminated, winning auction suppliers would procure capacity 

supporting their load from the RPM market. The auction-based process will provide an 

oppoi-hmity for competitive suppliers and marketers to bid for AEP Ohio’s SSO load. 

Customers will continue to have the ability to switch to CRES providers in Ohio, should 

they desire to do so. 

IS AEP OHIO WILLING TO CONDUCT A PARTUL SSO AUCTION PRIOR 

TO 2015? 

For the purpose of facilitating a smooth transition to the full SSO energy auction in 

Januay 2015, AEP Ohio is willing to engage in a limited SSO auction as part of the ESP 

package, as follows. The tezrns and conditions of such an auction need to be clearly 

circimcribed up front and AEP Ohio must be made whole to avoid the financial 

exposure it would otherwise face, including financial impacts of the early auction under 

the AEIP Pool Agreement. Specifically, based on the express condition of financially 
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being made whole, AEP Ohio is willing to conduct an energy-only, slice-of-system 

auction for 5% of the SSO load, with delivery beginning six months after final orders are 

both issued adopting the ESP as proposed ahd the corporate separation plan as filed. The 

delivery period would extend through December 31, 2014. Details concerning the 

auction will be addressed immediately following the issuance of final orders. 
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PLEASE EXPLAIN AEP 013107s PLAN TO DIVEST ITS GENERATION 

ASSETS. 

In conjunction with the requirements of a fully competitive market, AEP Ohio will file 

with the FERC separate filings to fully separate the AEP Ohio generation and marketing 

businesses from its transmission and distribution businesses. In one FERC filing, AEP 

Ohio will ask for the transfer its generation assets at net book value (NBV) to AEP 

Generation Resources (Genco) by January 1, 2014. This filing will involve the full net 

book value transfer of all of AEP Ohio’s ciwent generation assets to the Genco, a 

provision that was kughlighted by the Commission in their February 23, 2012 Order. 

Another FERC filing will propose termination and replacement of the Pool Agreement, 

for which the member companies, including AEP Ohio, provided notice of termination on 

December 17,2010 which established a three year termination commitment by January 1 , 

2014. In another separate application with the FERC, cer-tain generating assets, the 

Mitchell generating plant and Ohio Power Company’s share of Unit No. 3 of the Amos 

generaiing plant, will be transferred at net book value &om the Genco to Appalachian 

Power Company (APCo) and Kentucky Power Company (KPCo). Finally, &om January 
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1, 2014-May 31, 2015, the Genco will have an intei-im power sales agreement (SSO 

Contract) with AEP Ohio to allow AEP Ohio to meet its FRR capacity requirements and 

sellre its non-shopping retail energy requirements until Janua~y 1, 2015. This agreement 

will require a separate application at the FERC as well. Please see Company Witness 

Nelson for ful-ther detail on these FERC filing matters. 

PLEASE ADDRESS WEfY CERTAIN AEP Om0 GENERATION ASSETS 

ULTIMATELY WILL BE TRANSFERRED TO APCO/KPCO? 

For the past 60 years, AEP Ohio and the other generation owning AEP companies in the 

PJM footpiiut have participated under the current Pool Agreement. The Pool Agreement 

allowed for these entities to engage 111 integrated planning and operation of their power 

supply facilities and allocate among themselves the generation related costs and benefits. 

Excluding AEP Ohio, the other AEP-East operating companies are still operating under 

traditional regulation and utilizing the FRR option. The Pool Agreement is scheduled for 

teimination January 1, 2014. APCo and KPCo have long relied on AEP Ohio generating 

assets though the Pool Agreement to supply part of the capacity and energy needed to 

meet their respective state customer load requkements (and APCo and KPCo have long 

paid for using those assets through capacity equalization charges). The applicable Amos 

and Mitchell units are physically located in the state of WV, and are of sufficient capacity 

to cover the expected shortfall (including the required reserve mar,@.n) for those FRR 

companies after the existing pool agreement is terminated. Please see the testimony of 

Company witness Nelson for M e r  details on these maters. 
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Q. HOW WILL THE PLANNED RETIREMENTS OF AEP OHIO GENERATION 

ASSETS IMPACT THE 'AVAILABILITY OF ADEQUATE CAPACITY FOR 

OHIO CUSTOMERS? 

The current AEP Ohio generation asset poitfolio will have no direct relationship to the 

AEP Ohio load, once the transition to corporate separation, Pool Agreement elimination, 

and market-based capacity/energy procurement is complete. Therefore, any retirements 

would ultimately be offset by existing capacity or new capacity additions in PJM that 

could be built by other market participants. 

PLEASE EXPLAIN HOW AEP OHIO INTER'S TO ENSURE ADEQUATE 

CAPACITY ON AN ONGOING BASIS. 

As outlined above, once the Pool Agreement is eliminated and coiporate separation is 

complete, there will be a SSO Contract between the Genco and AEP Ohio over the ESP 

lI teim. To fhther support the Commission's intent to encourage competition in an 

expedited manner, from January 1, 2015-May 31, 2015, AEP Ohio will auction the 

energy component of SSO load. Effective June 1, 2015, AEP Ohio will use a CBP for 

supply of capacity and energy suppoiting SSO load in the same m e r  as other Ohio 

electric utilities do today. The assurance of adequate capacity will become a h c t i o n  and 

obligation of PJM. Please see the testimony of Company witness Graves who details 

PJM's RPM process. 

A. 

Q. 

A. 

OTHER OPTIONS 

Q. ECAS AEP OHIO REVIEWED OTEEER OPTIONS FOR AN ESP II PLAN? 
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A. Yes. AEP Ohio looked at an alteinative option to provide the economic benefits of 

shopping directly to the customers as a shopping credit over the modified ESP II t e m  

ending May 31, 2015. At a single cost-based price for capacity charged to CRES 

providers over the ESP II term, AEP Ohio would implement no base generation increase, 

no RSR, and would provide a meaningll shopping credit to customers to switch their 

generation service. This option would allow for Ohio customers to experience the true 

benefits of shopping and the market, but will directly limit the margins of the CRES 

providers and of AEP Ohio. Please see the the testimony of Company witness Allen for 

details on th is option. 

AGGREGATE MARJLET RATE OFFER mlR0) TEST 

Q. 

A. 

DOES T€IE ESP 11 PASS TEE MRO TEST IN THE AGGREGATE? 

Yes. I have been advised by counsel that an application for an ESP should be approved if 

the Commission finds that the ESP II, including its pricing and all other terms and 

conditions, is more favorable in the aggregate as compared to the expected results that a 

market rate offer would provide. As the CouWaission has done in other ESP cases 

(including the recent FkstEnergy and Duke Energy Ohio cases, as well as AEP Ohio's 

ESP I proceeding), it should not rely solely on the piice test analysis of the aggregate 

MRO test in reviewing the modified ESP 11 proposal but should also give serious 

consideration to qualitative benefits of the proposed ESP. Company witness Thomas 

shows how the elements of the modified ESP II suppoi-t favorable aggregate MRO test 

results. 
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1 CONCLUSION 

2 Q. DOES THAT CONCLUDE YOUR DIIUCCT TESTIMONY? 

3 A. Yes. 
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Exhibit RPP-1 
Page 1 of 3 

:Current Rates: June 2012- i June  2013- i J une  2014- 
i 2012 i May2013 i May2014 i December2014 

cents/kWh icents/k?r\lh 76 i cenis/kWh % :cents/kVJh % 
Base Generation 2.10 i 2.25 7% i 2.25 0% 2.25 0% ....................................... .................................................................................i.......................... 
Fuel Adjustment CIause i 3.61 i 3.61 0% i 3.60 0% : 3.60 0% ................................................................................................................................................... 
....................................... ............................................................................................................ 

Total Generation ; 5.86 i 5.86 0% i 5.85 0% i 5.85 0% 
.................................................................................................................................................. 
.................................................................................................................................................. 
Distribution“” 

...................................... Phase-In Rider ............................................................................................................ 

............................................................ .................... ................................................................. . 

Environmental 0.16 i na : - 0% i - 0% 

Transmission 080 i 0.80 0% i 0.80 0% i 0.80 0% 

- 07’0 i 0.31 na i 0.31 0% 
Retail Stability Rider i - I  0.20 na i 0.20 0% i 0.20 0% 

Total 8.79 i 9.19 5% i 9.54 4% i 9.56 0% 

2.13 i 2.32 9% i 2.36 2% i 2.39 1% .....................................,............................................................................................................ 
- *  

EXECUTIVE SUMh!lARY OF THE MODIFIED ESP II FILING 

0 June 1,2012-May31,2015istheESPteim 

e 

0 

January 1,2015 -May 31,2015 begins energy auction for 100% of SSO load 

June 1, 2015 begins fiill delivery and piicing of AEP Ohio SSO service though 

competitive auction bid process (CBP) 

0 Energy auction for 5% of SSO load with delivery starting six months after final 

orders in ESP and corporate separation cases. 

0 Discounted capacity piices for CRES providers over the ESP term 

0 The overall request in this ESP has tninimal impact on customers’ rates 

o On average over the three-year period, an AEP Ohio retail and commercial 

customer will see an arylual increase to the bill of approximately 3% 

o f i e  change in rates includes no base generation increase but allows for 

collection of costs that AEP Ohio incurred but was umble to collect for a 



Exhibit RPP-1 
Page 2 of 3 

EXECUTIVE S-Y OF THE R'IODIFIED ESP I1 FILING 

o The overall request complies with order for expeditious transition to marketbased 

generation rates in Ohio 

o Elimination of Interconnection Pool Agreement (Pool Agreement) 

o Coiporate separation of AEP Ohio's generation and marketing assets from 

its disbibution and transmission assets 

o Offeis AEP Ohio capacity at a pi-ice that is currently below $lMW-day cost 

to mP 

o Proposed rate plan offers price ceitahty to AEP Ohio customers and to CRES 

providers 

Proposed riders in ESP 11 (See Exhibit DMR-4): o 

o RSR: ruitigates financial h m  to the Company of offerhg integrated ESP 

package of teim and conditions, including capacity discount pricing 

o DIR: allows for continuation of distribution investment measures to suppoit 

reliability improvements 

o AER: recoveiy mechanism to suppoit CorUmission staff request for 

Alternative Renewable Energy Credit tracking mechanism 

o GRR: placeholder mechanism for Turning Point project 

0 Continue current tiders through ESP II term June 1,201 5 (See Exhibit DMR-4): 

o Universal Service Fund Rider, Deferred Asset Recovery Rider, kwh Tax 

Rider, Residential Distribution Credit Rider, Pilot Throughput Balancing 

Adjustment Rider, Transmission Cost Recovery Rider, EE/PDR, Economic 



Exhibit RPP-1 
Page 3 of 3 

EXECUTIVE S-Y OF THE MODIFlOED ESP I1 FILING 

Development Rider, ESRR, &idSMART, Electronic Transfer Rider, 

Renewable Energy Credit Purchase Offer Rider, Renewable Energy 

Technology Program Rider, Fuel Adjustment Clause ( d e d  FAC begins 

2013) 

0 Miscellaneous riders & provisions (See Exhibit DMR-4): 

o Phase In Recovery Rider (begins 201 3 with unified FAC) 

o Storm Damage Recovery Mechanism 

o Pool Termhation Provision - ifiiecessstly 

0 Eliminated riders (See Exhibit DMR.-4): 

o Emergency Curtailable Service Rider, Energy Price Cutailable Service 

Rider, Environmental Investment Carrying Cost Rider (combined with base 

rates) 
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D E C T  TESTIMONY OF 
FRANK C. GRAVES 

ON BEHALF OF 
OI-IIO POWER COMPANY 

TI3E PUBLIC UTILITIES COMMISSION OF OIlIO 

Q. PLEASE STATE YOUR NAME, BUSINESS ADDRESS, . A i i  TITLE. 

A. My name is Frank C. Graves. I atll a Piincipal at 277e Bmttle G m p ,  where I am also 

co-leader of the Utility Practice Area. My office is located at 44 Brattle Street, 

Cambridge, MA, 02138. My resume is attached to this testimony. 

FITTAT IS THE PURPOSE OF YOUR TESTIMONY? Q. 

A. I will explain why it is reasonable for the PUCO and the customers of Columbus 

Southem Power Company (CSP) and Ohio Power Company (OPCo) (also refeiyed to 

as AEP Ohio) to be confident of the supply adequacy of their power supply when 

these AEP companies switch from being Fixed Resource ReqGrement (FRR) 

suppliers of capacity to relying on capacity supplied via PJM’s Reliability Pricing 

Model (RPM) auctions. This explanation will include a description of how PJM’s 

capacity markets operate, how they have perfoimed, and what effects potential coal 

plant retirements could have. 

Q. FITTAT IS YOUR EDUCATIONAL BACKGROUND AND RELEVANT 

EXPERTISE? 

I have an M.S. in Management from the MIT Sloan School of Management with a A. 

concentration in finance, and a B.A. 111 Mathematics from Indiana University. I have 

been consulting to the electric indusfiy for over 30 years on matters related to long 

term resource planning, pricing, prudence, risk management, fuel and power 

procurement, environmental compliance, market forecasting and performance, 
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regulatoiy policy impacts, and other long term infhences on utility assets, costs, and 

obligations. 

I have appeared numerous times as an expert witness before state and federal 

couxts and regulatory bodies, including the Federal Energy Regulatoiy Conmission 

(FERC), and utility commissions (or administrative law judges for them) in Ohio, 

Illinois, Pennsylvania, Wisconsin, Kentucky, h/lichigan, Massachusetts, Veimont, 

New York, New Jersey, Virginia, Texas, California, New Mexico, and Utah to 

explain tradeoffs and likely costs and benefits of utility activities and decisions. I 

participated as a witness on behalf of these same AEP companies in the 

contemporaneous PUCO rehearing of their proposal for capacity pricing to 

Competitive Retail Electric Suppliers. I have also been a witness in state and federal 

coux-ts regarding contract disputes between energy companies. A detailed desciiption 

of my expei-tise is attached as Appendix A to this testimony. 

PLEASE SIMM.AlUZE YOUR CONCLUSIONS AND OPINIONS. 

The PJM capacity markets have been functioning effectively since 2007. Duxkg that 

time, they have brought foiward a large mount of new capacity resources, and have 

done so at piices generally below the annualized Net Cost of New Enby (Net CONE) 

in most regions of PM,  including the region in which CSP and OPCo are located. 

These auctions axe designed to assure that there is an adequate supply reseive margin 

thee years foiward, and in that regard they have succeeded very well. This result has 

been achieved by eliciting the participation of many kinds of capacity resources, 

including d e m d  response, plant life extensions, transmission expansions, and new 

generation stations. 

Q. 

A. 

2 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

Q- 

A. 

Q- 

A. 

Despite likely coal plant retirements over the next few years (due to low gas 

prices and environmental retrofit obligations), it does not appear that there is any 

reason to fear a supply adequacy problem. PJM has more than target reserves at 

present and likely retirements are partly offset by announced new enby. Fw-theimore, 

the RPM auctions occur far enough in advance that even if a pending shortfall 

appeared likely, there would be sufficient time for new resources to be developed. 

PLEASE DESCRIBE THE PJM CAPACITY MARKET A.ND HOW THE RPNI 

WORKS. 

RPM has several components: a demand curve for future supply adequacy (called the 

Variable Resource Requirement, or VRR), an obligation for all capacity resources in 

PJM to bid into the Base Residual Auctions (BRAS) held in May eveiy year for 

capacity three years forward, and an obligation for all PJM load serving entities 

(LSEs) that are not FRR entities to pay for the RPM capacity at the market clearing 

price in those BRAs, for all of their coincident peak load plus a reseive margin. 

HOW DOES THE VRR CURYE REFLECT DENWND FOR RELIABILITY 

RESOURCES? 

The VRR demand cuve is not literally a market-infened estimate of customer 

preferences for supply reliability, but rather it is a constructed cmve that assumes the 

value of reliability is equal to the Net CONI3 if the planning reserves in PJM: are equal 

to the PJM target reseive margin (typically around 15-18%, depending on supply mix 

and market circuuzstances). The curve slopes downward though this point, such that 

if the available supply is larger than this target, the deemed value of reliability 
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(expressed in units of dollars per M W  day) is less than Net CONE, and it is more than 

that if supply is below tsget. 

Q. 

A. 

PLEASE EXPLAIN CONE AND NET CONE IN MORE DETAIL. 

CoNE is the cost of new enby for whatever technology is deteimined to be the 

efficient long run type of new capacity needed iflwhen supply reserves are below 

target. For several years, t h i s  has been determined to be a gas-fxed combustion 

turbine, i.e. a “peaker”, as is commonly used throughout the industry for supply 

adequacy planning purposes. The CoNE amount is the annual cav ing  costs for 

recovering the investment and fixed operating costs of such a new unit. Net CoNE is 

CoNE reduced by the operating margins (contributions to fixed costs) that can be 

expected fi-om energy sales into PJM at LMPs (locational marginal piices) above the 

variable operating cost of the unit, plus revenues fi-om ancillary sei-vices markets. 

PJM estimates those margins by using a b e e  year average of histoiical LMPs and 

fuel piices. 

Q. 

A. 

HOW DOES NET COME DETERMINE THE LOCATION OF THE VRR? 

This is shown in the graph below showing the VRR for the last BRA (2014/15). 

The Net CoNE anchors the VRR at the target resei-ve margin plus 1%, while two 

points are set around that: the lower one at 5% above target reserve margin, where 

reliability d e a d  is presumed to be 20% of Net CoNE, and a higher one at target 

reserves less 3%, where reliability demand is presumed to be 150% of Net CoNE. 

Outside of those bounds, the VRR does not change. 
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1 Q. PLEASE EXPLAIN THE CLEARING PRICE POINT DEPICTED IN RED IN 

2 THE ABOVE GRAPH. 
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A. The clearing price is the point where the supply bids 111 the BRA fiom all the capacity 

resources in PJM intersect the VRR. This becomes the RPM price for that fiitwe 

year. The supply curve itself is built up from bidders' offers to supply (which can 

include the costs they need to recover for fiitwe environmental compliance). Supply 

bidders include existing and new power plants, demand resources (DRY including 

curtailable load and energy efficiency resources), and transmission upgrades. 

It is impoitant to note that if enou& capacity is available and offered at low 

prices, the capacity market can clear (as seen above) with more reseives than are 

needed to satisfy the target. As demonstrated later below, this has been the case for 

the last several auctions. 

Q. HOW WELL HAS RPM WORKED FOR MAINTAINING PJM'S SUPPLY 

ADEQUACY? 

The piupose of RPM is to assure resource adequacy over the next three years. This  

hoilzon is sufficient because for longer peiiods of time, it becomes more unceitain as 

to what level (and locations, etc.) of resei-ve resources will be needed, and it is also 

possible to develop some types of new resources w i t h  a few years. RPM is not 

tqing to address the question of what new resources could be economically or 

socially attractive over a veiy long peiiod of time. Thus, it does not addxess 

environmental considerations, long teim energy benefits or risks from alteinative fuel 

mixes, new technology development, or local jobs and in6astructure goals. Those 

may be important questions, but they are beyond the scope of RPM. It is solely 

designed to assure that sufficient deliverable power (or reliable demand curtailment) 

A. 
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1 is available over the next three years. In th is  regard, RPM has worked vei-y well - a 

2 finding supported empirically by several facts: 

3 
4 
5 

0 RPM prices have been below Net CONE in most regions of PJM for nearly all of 
the years since inception (in 2007). This means RPM has elicited means of 
assuring supply adequacy at a cost below the cost of building new peakers. 

G 
7 

0 The BRA. auctions have cleared more than enough capacity to meet target 
reserves, and are so positioned through 2014/15 today. 

8 
9 

0 RPM has brought forth roughly 30,000 h4W of capacity that might riot have 
otheiwise been economical and available in PJpIf, including significant quantities 

10 of D R  

11 Q. HOW HAS TEIE RPM PRICE IN TEE AEP REGION COMPARED TO NET 

12 CONE? 

13 A. The western part of PJM is usually unconstrained (in teims of having transmission 

14 lirnits on using all of the available capacity in the pool). Accordingly, it is relevant to 

15 consider the prices in the rest of PJM region (which excludes those portions in the 

l G  east that tend to be transmission-constrained Local Deliverability Areas, or LDAs). 

17 These results are seen in the graph below, using the lines labeled “RTO”. 
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This graph shows that the capacity prices in the RTO region have generally been well 

below $lSO/MW-day, while Net CoNE has been in a range &om about $170 to nearly 

$3501MW-day most recently. ("h.Is recent Net CoNE price is quite close to the $355 

embedded cost of capacity AEP is proposing in Case 10-2929-EL-UNC if itii ESP I1 

plan is not accepted in this proceeduzg.) 

IS THIS PATTERN OF RPM PRICES BEING BELOW NET CONE LIKELY 

TO BE A STANDARD, PERSISTENT FEATURE OF THAT IYLARKET? 

Q. 
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A. Probably not in the long i-un. To date, RPM has attracted lots of new kinds of 

capacity resources that have lower incremental costs than a new peaker, such as life 

extensions for existing plants, DR from curtailable customers, and plant uprates. A 

profile of the mix of these additions over time is shown below. This graph shows that 

RPM has attracted almost 30,000 M W  of new resources since 2007, offsetting 

approximately 15,000 R/fw of retirements and derates, and more than accomodating 

demand growth requirements. A significant portion of t h i s  new supply, especially in 

the past thee auctions, has been DR capacity, which now accounts for almost 13000 

MW of PJM’s reserves. Indeed, the feasibility of bidding DR into RPM has 

probably fostered and encouraged DR above and beyond the levels that might have 

been obsei-ved solely due to state or utility-specific conservation goals and mandates. 
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It is very attractive that these types of new capacity resources have been forthcoming, 

but there probably is a limit to the continuing growth in supply of such previously 

untapped solutions to supply adequacy management. 

TO WHAT EXTENT HAS THE CLEARED CAPACITY EXCEEDED 

TARGET RESERYE MARGINS? 

The RTO region in which AEP Ohio wi l l  participate has typically had 2-5% more 

cleared capacity than was needed to meet reserve targets. This is seen below in the 

10 



2 

3 

4 

black line. More capacity is 

generally offered into the auctions than is accepted (because the acceptance stops 

where the supply curve crosses the VRR, even if there are other, higher cost offers on 

the residual portion of the supply curve). 

Moreover, th is  just reflects the cleared capacity. 

Reliability Margins Clearing in Base Residential Auctions 

Capacity 
Less than 
Reliiibiilily 
Threshold 

neiivery Year ...-. 2007/08 2008109 2009110 2010111 2011/12 2012113 2013/14 2014/15 
AuctiouDate ...... Api ZOO7 JdZOO7 Or12007 Jau 2008 Ivhy 2008 May 2009 Mny 2010 b!'2@11 

Source: Brattle 2011 RPM report, op. cit., Fig. 4., p. 11. 

5 Q. WHAT IS YOUR UNDERSTANDING OF PJM'S SUPPLY ADEQUACY 

6 OUTLOOK? 
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A. Based on NERC's Long Term Resource Adequacy (LTRA) predictions in late 201 1 for 

the summer of 2016 (without any un-annowiced coal retirements), PJM as a whole 

will have about 20-23% reserve margin over a projected peak of 168 GW.l (PJM 

today has about 196 GW of installed capacity, projected in the LTRA to grow about 

200-206GW by 2016.) This means there will be surplus capacity of about 8-13 GW 

relative to a 15.3% target, and reserves will not fall below reference margin levels 

until 2020 or 202 1 .' "his assessment is encouraging, but it does not include either the 

reductions from unannounced potential retirements or new generation. (This and 

other PJM-wide reserve margin statistics are not specific to the AEP Ohio region. 

However, because the AEP Ohio region is not a constrained LDA, it can generally be 

supported for supply adequacy purposes by generation anywhere in PJM.) 

Q. WECAT ARE THE POTENTIAL COAL PLANT RETIREh'IEhTS FOR PJM? 

A. This is a difficult question to answer definitively, but there me several studies pointing in 

roughly the same direction. These include: 

0 NERC's 2011 LTRA included a section of analysis on the impacts of pending 

environmental regulations, which found that for PJM these added compliance 

costs could induce 3-7 GW of coal retirements by 2018, in addition to then 

already amounced retirements of about 8 GW.3 This degree of retirements would 

result in PJM reserve margins staying above the 15% target level until at least 

2017. 

NERC 201 1 Long Teim Resource Adequacy, p. 56 
NERC 201 1 LTRA, p. 65 
NERC 2011 LTRA, pp. 128 & 129. 
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0 Tj7s Brcltfle Group’s December 2010 study “Potential Coal Retirements under 

Emerging Environmental Regulations” projected 8-15 GW of retirements in PJM. 

However, natural gas and wholesale power prices have dropped considerably 

&om that time, such that we now expect PJM retirements could be closer to 20 

GW -- though we have not completed updating that analysis for current market 

conditions and announced retirements. 

PJM’s August 26 2011 study entitled “Coal Capacity at Risk for Retirement in 

PJM” found that overall, PJM had roughly 23 GW, or roughly 29% of all coal 

plants had an age greater than 40 years, a size smaller than 400Mw; and lacked 

likely necessaiy environmental controls. Evaluating the roughly 64 GW of coal 

in PJM (excluding plants in the ATSI and Duke regions) against 2007-10 energy 

margins, it found 11-19 GW of coal outside MAAC was likely to retire or at iisk 

for retirement due to requiiing additional revenues greater than half (or more) of 

Net CONE. Nonetheless, it noted that the even with some coal units already not 

participating in RPM due to planned retirements, the RTO was canying a 19.6% 

reserve m-,Oin for 2014115 and no overall supply adequacy iisk was foreseen. 

Even with at-risk retirements, PJM’s reserve margin for 2014/15 was expected to 

be above the 15.3% target, due to offsetting entry by new units. 

Various recent trade press reports indicate that about 11 GW of coal has already 

announced retirement in PJM (including E ’ s  announced retirements), of which 

about 10 GWs are in western PJM (including AEP zone). 

0 

4 

0 

“Coal Capacity at Risk for Retiremeut hi PJM,” Aug.26,2011, p. iv and p.34. 4 
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0 The PJM 2011 State of the Market (SoM) Repoit - indicates that about 18.9 GW 

of overall retirements under “planned deactivations” are expected by 20 19 (most 

of it in 2015), kicludmg an expectation of 5191 MW in the AEP zone.5 

Q. 

A. 

WECAT IS THE LEVEL OF ANNOUNCED OR LIKELY NEW EhTRY? 

There is quite a bit of new generation being developed. The 201 1 SoM indicates that 

5000 MY7 of new capacity came online in 201 1 , including four gas CCs and one coal 

plant, all greater than 500 MMls each.6 The same economic forces that are making 

coal plants sbuggle are attracting entry by new gas fired generation. There are almost 

35,000 M w s  of new CCs in the queue for interconnection peimits, of which 4355 is 

in the AEP zone.7 Of course, much of this will not be built, but it is likely that a 

meaningful poition of it will be built. For instance, Ventyx data indicates that about 3 

GW of new generation capacity are currently under constiuction, while an additional 

626 R/p;N have their sites prepared and 6535 Mw have been permitted.’ 

14 

15 

16 

17 

It is also impoi-tant to recall that these development statistics only desciibe plants 

requiring upgraded transmission interconnections, not other new kinds of RPM 

capacity resources that are likely to naturally respond to retirements and any upward 

pressure that places on future capacity prices. 

18 

19 

Q. ALTOGETHER, WHAT IS YOUR ASSESSMENT OF THE LIKELY IMX“CT 

OF THESE RETIREMENTS ANI) ADDITIONS ON SUPPLY ADEQUACY? 

Monitoring Analytics, “201 1 State of the Market Report for PJM-Vo12”, pp. 291-2. 
PJM SoM 201 1 Report, p. 286. 
PJM SoM 201 1 Report, p. 288. 
Ventyx Generating Unit Capability Database, Brattle analysis. 
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A. Taking all of these forecasts and changing market conditions into account, it appears 

that 5-9 GWs of new generation are likely to come online in PJM over the next 3-4 

years, which would offset some of the 15-20 GW of likely coal retirements over that 

same time frame. But given that P.TM is positioned to have around 8-13 GWs in 

excess of its reserve target without these changes, including them indicates PJM 

would reach or fall a just bit below its 15% reseive margin levels in the 2016/17 time 

frame. This is not a cause for concern. The RPM process has routinely elicited 

changes in supply of several thousand GWs per year. On balance, I am not 

concerned about a supply adequacy shoi-tfall. It is possible that RPM prices will rise 

to reflect less surplus capacity than has prevailed in the past, but if so, that is an 

efficient outcome to signal need and encowage conservation in the long run. 

Q. DOES THE TRANSFER OF THE MITCHELL AND AMOS UNITS TO APCO 

AND KPCO AFFECT SUPPLY ADEQUACY FOR AEP OHIO? 

I do not believe this should have any adverse effects. Company witness Nelson 

explains that AEP Ohio has been selling capacity to the rest of the AEP Pool for the 

past few years, in roughly the same quantities as the size of those transferred units. 

Specifically, AEP Ohio sold almost 2500 M W  in 2010 and about 2150 MW in 2011. 

By comparison, the Mitchell plus Amos 3 capacity is 2417MW (average annual 

DNR). As described by Company witness Powers, unless this capacity is transferred 

to Appalachian Power and Kentucky Power, those companies will not be able to 

satisfy their FRR requirements (which were previously satisfied for all of the AEP 

Pool as a whole, i.e., using the same capacity that is now being transferred.) 

A. 
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Q- 

A. 

For one year after this transfer, which occurs at the beginning of 2014 (before 

AEP Ohio switches over to RPM in 2015), AEP generation will still be used to satisfl 

AEP Ohio’s FRR obligations (expiring in 2015). Thereafter, AEP Ohio will have its 

supply adequacy needs satisfied with RPM capacity. From that point on, it is no 

longer relevant or necessary to question whether AEIP Ohio owns as much capacity as 

it demands or not. It is only important that PJM have enough capacity in aggregate 

for AEP Ohio and all the other utilities in that region - which as was explained above, 

looks veiy likely. 

HOW DOES YOUR SUPPORT HERE FOR RPM’S EFFICACY RELATE TO 

YOUR SUPPORT FOR AN EMBEDDED COST CAPACITY PRICE TO CRES 

PROVIDERS IN T m  ASSOCUTED PROCEEDING? 

My testimony in support of a cost-based capacity piice to Competitive Retail Electric 

Sei-vice (CFES) providers is not based on any different viewpoint regarding RPM. 

As explained above, RPM has been designed to address near teim resource adequacy, 

not to minimize the cost or iiskiness of service over longer horizons such as decades 

or the whole life of generation assets that a utility and its regulators may have used 

for resource planning. AEP Ohio built or acquired its generation fleet under that 

latter criteria and protocols, for the purposes of being an integrated utility and then 

one under FRR. That obligation continues contractually through 2015, and in my 

view properly entitles AEP to cost recovery on those investments. Such cost recovery 

would not occur under RPM pricing for capacity to CRES providers. However, AEP 

Ohio is now willing to transition to RPM over the remaining years of FRR 
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2 its customers. 

obligations, and I believe it can do so with no adverse effects on supply adequacy to 

3 Q- DOES T€€IS CONCLUDE YOUR TESTIMONY? 

4 A. Yes. 

17 



NIX. Frank Graves is a Principal of The Brcrttle Groip who specializes i11 regulatoiy aid financial 
economics, especially for electric and gas utilities. He has assisted utilities i~ i  forecasting, valuation, aid 
risk aialysis of many kinds of long range planning aid service design decisions, such as generation and 
network capacity expansion, supply procurement and cost recovery mnechauism, network flow 
modeling, renewable asset selection and contracting, and hedging strategies. He also provides consulting 
and expert witness support for commercial litigation matters, such as contract disputes and securities 
fiaud proceedings. He has testified before tlie FERC and many state regulatoiy cormnissions, as well as 
in state and federal courts, on such matters as integrated resource planning @ips), the pmdence of piior 
investment and contracting decisions, costs and benefits of new services, policy options for indushy 
reshiictwing, adequacy of market competition, and competitive implications of proposed mergers and 
acquisitions. 

In the aea of financial economics, he has assisted and testified for companies in regard to contract 
damages estimation, securities litigation suits, special purpose audits, tax disputes, risk management, and 
cost of capital estimation. 

He received an M.S. with a concentration in finance from the M.I.T. Sloan School of Management in 
1980, and a B.A. in Matheinatics from Indiana University in 1975. 

 REM OF EXPERTISE 

+ Utility Plantiing mid Operatiotis 
4 Re~rlatedb~dtrs~Restrircttiritzg 
4 Miarket Coli petition 
4 Electric and Gas lilnnsniissioti 
4 Financial Analysis 



EXPERIENCE 

lJtiliiy Planiiiiig aitd Operations 

o Air quality and other power plant environmental regulations are being tightened considerably in 
the period from about 2014-2018. Mr. Graves has co-developed a market and financial model for 
detemining what power plants are most likely to retire vs. retrofit with new environmental 
controls, and how much this may alter their profitability. This has been used to help several 
power market participants assess future capacity needs, as well as to adjust their price forecasts 
for the coming decade. 

o Merchant power plant development and fmancing depends in part on obtaining a long term power 
purchase agreement. W. Graves directed a study of what pricing points and risk-sharing terns 
should be attractive to potential buyers of long-teim power supply contracts from a large baseload 
facility. 

+ Many utilities are pursuing smart meters and time-of-use pricing to increase customer ability to 
consume electricity economically. Mr. Graves has led a study of the costs and benefits of 
different scales and timing of installation of such meters, to determine tlie appropriate pace. He 
has also evaluated how various customer incentives to increase conservation and demand 
response might be provided over the internet, and how much they might increase tlie participation 
rates in smart meter programs. 

+ Wind resources are becoming a critical part of the generation expansion plans and contracting 
interests of many utilities, in order to satisfy renewable portfolio standards and to reduce long run 
exposure to carbon prices and fiiel cost uncertainty. Mi-. Graves has applied Brattle's risk 
modeling capabilities to simulate the impacts of wind resources on the potential range of costs for 
portfolios of wholesale power contracts designed to serve retail electricity loads. He has also 
assessed the amount and costs of additional ancillary services that may be required to successfblly 
integrate large quantities of wind generation on the transmission grid. 

+ The potential introduction of environmental restrictions or fees for CO2 emissions has made 
generation expansion decisions much more complex and risky. He helped one utility assess 
these risks in regard to a planned baseload coal plant, finding that the value of flexibility in other 
technologies was high enough to prefer not building a conventional coal plant. 

o Mi-. Graves helped design, implement, <and gain regulatory approvals for a natural gas 
procurement hedging program for a westem U.S. gas and electric utility. A model of how gas 
foiward prices evolve over time was estimated and combined with a statistical model of the term 
structure of gas volatility to simulate the uncertainty in the annual cost of gas at various times 
during its procurement, and the resulting impact on the range of potential customer costs. 

o Generation planning for utilities has become very complex and risky due to high natural gas 
prices and potential C02 restrictions of emission allowances. Some of the scenarios that must be 
considered would radically alter system operations relative to current patterns of use. Mr. Graves 
Bas assisted utilities with long range planning for how to measure and cope with these risks, 
including how to build and value contingency plans in their resource selection criteria, and what 
kinds of regulatoiy communications to pursue to manage expectations in this difficult 
environment. 



+ Several utilities with coal-fired power plants have faced allegations from the U.S. EPA that they 
have conducted past maintenance on these plants which should be deemed “major modifications”, 
thereby triggering New Source Review standards for air quality controls. Mr. Graves has helped 
one such utility assess liuritations on tlie way in which GADS data can be used retrospectively to 
quantlfy comparisons between past actual and projected fiihu-e emissions. For another utility, Mr. 
Graves developed retrospective estimates of changes in emissions before and after repairs using 
production costing simulations. In a third, he reviewed contemporaneous corporate planning 
documents to show that no increase in emissions would have been expected from the repairs, due 
to projected reductions in fiihu-e use of the plant as well as higher efficiency. In all thee cases, 
testimony was presented. 

o Tlie U.S. Goveiment is contractually obligated to dispose of spent nuclear fuel at commercial 
reactors after January 1998, but it has not fulfilled this duty. As a result, nuclear facilities that are 
shutdown or facing full spent fuel pools are facing burdensome costs and risks. Mi. Graves 
prepared developed an economic model of the peiformance that could have reasonably been 
expected of the government, had it not breached its contract to remove the spent fiiel. 

o Capturing the full value of hydroelectric generation assets in a competitive power market is 
heavily dependent on operating practices that astutely shift between real power and ancillary 
services markets, while still observing a host of non-electric hydrological constraints. Mr. Graves 
led studies for several major hydro generation owners in regard to forecasting of market 
conditions and corresponding hydro scliedule optimization. He has also designed transfer pricing 
procedures that create an internal market for diverting hydro assets from real power to system 
support services fhms that do not yet have explicit, obseivable market prices. 

+ Mr. Graves led a gas distribution company in the development of an incentive ratemaking system 
to replace all aspects of its traditional cost of service regulation. The base rates (for non-fuel 
operating and capital costs) were indexed on a price-cap basis (RPI-X), while tlie gas and 
upstream transportation costs allowances were tied to optimal average aunual usage of a reference 
poitfolio of supply and transpoitation contracts. The gas program also included numerous 
adjustments to the gas company’s rate design, such as designing new standby rates so that 
customer choice will not be distorted by piicing inefliciencies. 

o An electric utility witli several out-of-market independent power contracts wanted to determine 
the value of making those plants dispatchable and to devise a negotiating strategy for 
restructuring the IPP agreements. Mr. Graves developed a range of forecasts for the delivered 
piice of natural gas to this area of the country. Alternative ways of sharing the potential dispatch 
savings were proposed as incentives for the IPPs to renegotiate their utility contracts. 

o For an electric utility considering the conversion of some large oil-fired units to natural gas, Mr. 
Graves conducted a study of the advantages of alternative means of obtaining gas supplies and 
gas transportation services. A combination of monthly and daily spot gas supplies, interruptible 
pipeline transportation over several routes, gas storage services, and “swing” (contingent) supply 
contracts with gas marketers was shown to be attractive. Testimony was presented on why the 
additional services of a local distribution company would be unneeded and uneconomic. 



o A power engineering kin entered into a contract to provide operations and maintenance services 
for a cogenerator, with incentives fees tied to the unit's availability and operating cost. When the 
fees increased due to changes in the electric utility tariff to which they were tied, a dispute arose. 
Mr. Graves provided analysis and testimony on the avoided costs associated with improved 
cogeneration performance under a variety of economic scenarios and under several alteiiiative 
utility tariffs. 

o Mr. Graves has helped several pipelines design incentive pricing inechauisms for recovering their 
expected costs and reducing their regulatory burdens. Among these have been Automatic Rate 
Adjustment Mechanisms (ARAMs) for indexation of operations and maintenance expenses, 
construction-cost variance-sharing for routine capital expendihires that included a procedure for 
eliciting unbiased estimates of fiiture costs, and market-based prices capped at replacement costs 
when near-teim fiiture expansion was an uncertain but probable need. 

o For a mjor  industrial gas user, he prepared a critique of the transportation balancing charges 
proposed by the local gas distribution company. Those charges were shown to be arbitrarily 
sensitive to the measurement period as well as to inconsistent attribution of storage versus 
replacement supply costs to imbalance volumes. Alteiiiative balancing valuation and accounting 
methods were shown to be cheaper, more efficient, and simpler to administer. This analysis 
helped the parties reach a settlement based on a cash-dcasl-out design. 

+ The Clean Air Act Amendments authorized electric utilities to trade emission allowances (EAs) 
as part of their approach to complying with SO2 ernissions reductions targets. For the Electric 
Power Research Institute EPRI), Mr. Graves developed multi-stage planning models to illustrate 
how the considerable uncertainty surrounding future EA prices justifies waiting to invest in 
irreversible control technologies, such as scrubbers or SCRs, until tlie present value cost of such 
investments is significantly below that projected from relying on E&. 

b For an electric utility with a troubled nuclear plant, Mr. Graves presented testimony on the 
economic benefits likely to ensue from a major reorgaiization. The plant was to be spun off to a 
jointly-owned subsidiay that would sell available energy back to the original owner under a 
conract indexed to industry unit cost experience. This proposal afforded a considerable 
reduction of risk to ratepayers in exchange for a reasonable, but higbly uncertain prospect of 
profits for new investors. Testimony compared the incentive benefits and potential conflicts 
mder this arrangement to the outcomes foreseeable from more conventional incentive ratemaking 
mangements . 

o Mr. Graves helped design Gas Inventory Charge (GIC) tariffs for interstate pipelines seeking to 
reduce their risks of not recovering the full costs of multi-year gas supply contracts. The costs of 
holding supplies in anticipation of future, uncertain demand were evaluated with models of the 
pipeline's supply portfolio that reveal how m y  non-production costs (demand charges, take-or- 
pay penalties, reservation fees, or remarketing costs for released gas) would accrue under a range 
of demand scenmios. The expected present value of these costs provided a basis for the GIC 
tariff. 



4 Mr. Graves perfonned a review and critique of a state energy commission's assessment of 
regional natural gas and electric power markets in order to determine what kinds of pipeline 
expansion into the area was economic. A proposed facility under review for regalatog approval 
was found to depend strongly on uneconomic bypass of existing pipehies and LDCs. In 
testimony, modular expansion of existing pipelines was shown to have s imcant ly  lower costs 
and risks. 

+ For several electric utilities with generation capacity in excess of target reserve margins, Mr. 
Graves designed and supervised market analyses to identify resale opportunities by comparing the 
marginal operating costs of all this company's power plants not needed to meet target reserves to 
the marginal costs for almost 100 neighboring utilities. These cost curves were then overlaid on 
the corresponding curve for the client utility to identifl which neighbors were competitors and 
which were potential customers. The strength of their relative threat or attractiveness could be 
quantified by the present value of the product of the amount, duration, and differential cost of 
capacity that was displaceable by the client utility. 

4 Mr. Graves specified algorithm for the enhancement of the EPRI EGEAS generation expansion 
optimization model, to caphu'e the first-order effects of finaricial and regulatory constraints on the 
preferred generation mix. 

4 For a major electric power wholesaler, Mr. Graves developed a fimework for estimating how 
pricing policies affect the relative attractiveness of capacity expansion alternatives. Traditional 
cost-recoveiy pricing mles can sigmficaritly distort the choice between two otheiwise equivalent 
capacity plans, if one includes a severe "front end load" while the other does not. Rice-demand 
feedback loops in simulation models and quantification of constuner satisfaction measures were 
used to appraise the problem. This "value of service" fiamework was generalized for the Elecbic 
Power Research Institute. 

4 For a large gas and electric utility, Mr. Graves participated in coordinating and evaluatiug the 
design of a strategic aid operational planning system. This included computer models of all 
aspects of utility operations, from demand forecasting through generation planning to fhancing 
and rate desigu. Efforts were split between technical contributions to model design and attention 
to organizational priorities and behavioral norms with which the system had to be compatible. 

4 For an oil and gas exploration and production fina Mr. Graves developed a framework for 
identifying what industry groups were most likely to be interested in nahu'al gas supply contracts 
featuring atypical risk-sharing provisions. These provisions, such as price indexing or 
performance requirements contingent on market conditions, are a foim of product differentiation 
for the producer, allowing it to obtain a piice premium for the insurance-like services. 

4 For a natural gas distribution company, Mr. Graves established procedures for redefining 
customer classes and for repricing gas setvices according to customers' similarities in load shape, 
access to alternative gas supplies, expected growth, and need for reliability. In this manner, 
natural gas service was effectively differentiated into several products, each with price and risk 
appropriate to a specific market. Planning tools were developed for balancing gas portfolios to 
customer group demands. 
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+ For a Midwestern electric utility, Mi. Graves extended a regulatoiy profornra fmancial model to 
capture the contractual and tax implications of canceling and writing off a nuclear power plant in 
mid-construction. Tlis possibility was then appraised relative to completion or substitution 
alternatives fiom the viewpoints of shareholders (market value of common equity) and ratepayers 
(present value of revenue requirements). 

+ For a corporate venhre capital group, Mr. Graves conducted a market-risk assessment of 
investing in a gas exploration and production company with contracts to an interstate pipeline. 
The pipeline’s market growth, competitive strength, alternative suppliers, and regulatory exposure 
were appraised to determine whether its fiiture would support the purchase volumes needed to 
make the venhre attractive. 

o For a natural gas production and distribution company, he developed a strategic plan to integrate 
the company’s functional policies and to reposition its operations for the next five years. 
Decision analysis concepts were combined with marginal cost estimation and financial proforma 
simulation to identify attractive and resilient alternatives. Recommendations included target 
markets, supply sources, capital budget constraints, rate design, and a planning system A two- 
day planning conference was conducted with the client’s executives to refine and internalize the 
strategy. 

o For the New Mexico Public Seivice Conmission, he analyzed the merits of a corporate 
reorganization of the major New Mexico gas production and distribution company. State 
ownership of the company as a large public utility was considered but rejected on concerns over 
eBciency and the burdeniug of peiformance iisks onto state and local taxpayers. 

o For several utilities facing the end of transitional “provider of last resort” (or POLR) prices, Mi. 
Graves developed forecasts and risk analyses of alternative procurement mechanisms for follow- 
on POLR contracts. He compared portfolio risk management approaches to fidl requirements 
outsourcing under various terms and conditions. 

+ For a large inunicipal electric and gas company considering whether to opt-in to state retail access 
programs, Mr. Graves lead an analysis of what changes in the level and volatility of customer 
rates would likely occur, what transition mechanisms would be required, and what impacts this 
would have on city revenues earned as a portion of local electric and gas service charges. 

+ Many utilities experienced significant “rate shock” when tliey ended “rate fieeze” transition 
periods that had been implemented with earlier retail restructuring. The adverse customer and 
political reactions have lead to proposals to annual procurement auctions and to retcun to utility- 
owned or managed supply portfolios. MI. Graves has assisted utilities and wholesale gencos with 
analyses of whether alternative supply procurement arrangements could be beneficial. 



+ The impacts of transmission open access and wholesale competition on elechic generators risks 
and fitlancial health are well documented. In addition, there are substantial impacts on fuel 
suppliers, due to revised dispatch, repowerings and retirements, changes in expansion mix, altered 
load shapes and load growth under more competitive pricing. For EPRI, Mr. Graves co-authored 
a shidy that projected changes in fuel use within and between ten large power market regions 
spanuing the count~y under different scenarios for the pace and success of restructuring. 

e As a result of vertical unbundling, many utilities must procure a substantial portion of their power 
from resources they do not own or operate. Market prices for such supplies are quite volatile. In 
addition, utilities may face future customer switching to or &om their supply service, especially if 
they are acting as provider of last resort (POLR). This problem is a blending of risk management 
with the traditional least-cost Integrated Resource Planning (IRP). Regulatoiy standards for 
findings of prudence in such a hybrid environment are often not well understood or articulated, 
leaving utilities at risk for cost disallowances that can jeopardize their credit-worthiness. Mr. 
Graves has assisted several utilities in devising updated procurement mechanisms, hedging 
strategies, and associated regulatory guidelines that clarify the conditions for approval and cost 
recoveiy of resource plans, in order to make possible the expedited procurement of power from 
wholesale market suppliers. 

4 Public power authorities and cooperatives face risks from wholesale restructuring if their sales- 
for-resale customers are free to switch to or from supply contracting with other wholesale 
suppliers. Such switching can create difficulties in seivicing the si@cant debt capitalization of 
these public power entities, as well as equitable problem with respect to non-switching 
customers. Mr. Graves has lead analyses of this problem, and has designed alternative product 
pricing, switching tenns and conditionss, and debt capitalization policies to cope with the risks. 

+ As a mecans of unbundling to retain ownership but not control of generation, some utilities huned 
to divesting output contracts. Mr. Graves was involved in the design and approval of such 
agreements for a utility’s fleet of generation. The work entailed estimating and projecting cost 
functions that were likely to track the fiiture marginal and total costs of the units and analysis of 
the financial iisks the plant operator would bear from the output pricing formula. Testimony on 
risks under this form of restructuring was presented. 

4 Mr. Graves contributed to the design and pricing of unbundled services on several natural gas 
pipelines. To identify attractive alteinatives, the marginal costs of possible changes in a 
pipeline’s service mix were quantified by simulating the least-cost operating practices subject to 
the network’s physical and contrachial constraints. Such analysis helped one pipeline to justify a 
zone-based rate design for its firin transportation service. Another pipeline used this technique to 
demonstrate that unintended degradations of system perfoimance and increased costs could ensue 
from certain proposed unbundlings that were insensitive to system operations. 

4 For several natural gas pipeline companies, Mr. Graves evaluated the cost of equity capital in 
light of the requirements of FERC Order 636 to unbmdle and reprice pipeline services. In 
addition to traditional DCF and risk positioning studies, the risk implications of different degrees 
of financial leverage (debt capitalization) were modeled and quantified. Aspects of rate design 
and cost allocation between services that also affect pipeline risk were considered. 
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6 Mr. Graves assisted several utilities in forecasting m k e t  prices, revenues, and risks for 
generation assets being shifted fiom regulated cost recovery to competitive, deregulated 
wholesale power markets. Such studies have facilitated planning decisions, such as whether to 
divest generation or retain it, and they have been used as the basis for qmitifyiug stranded costs 
associated with restixiclming in reNatoiy hearings. Mr. Graves has assisted a leasing company 
with analyses of the tax-legitimacy of complex leasing transactions by reviewing the extent and 
quality of due diligence pursued by the lessor, the adequacy of pre-tax retums, the character, time 
pattern, and degree of risk borne by the buyer (lessor), the extent of defeasance, and compliance 
with prevailing guidelines for true-lease status. 

+ Mi. Graves has testified on the quality of retail competition in Pennsylvania and on whether 
various proposals for alteiing Default Seivice inight create more robust competition. 

+ Regulatory and legal approvals of utility mergers require evidence that the combined entity will 
not have undue market power. Mr. Graves assisted several utilities in evaluating the competitive 
impacts of potential mergers and acquisitions. He has identified ways in which transmission 
constraints reduce the number and type of suppliers, along with mechanisms for incorporating 
physical flow limits in FERC's Delivered Price Test (DPT) for mergers. He has also assessed the 
adequacy of mitigation measures (divestitures and conduct restrictions) under the DPT, Market- 
Rased Rates, and other tests of potential market power arising fiom proposed mergers. 

+ A major concern associated with electric utility 'industry resmctuukg is whether or not 
generation markets are adequately competitive. Because of the state-dependent nature of. 
transmission transfer capability between regions, itself a fimction of generation use, the quality of 
competition in the wholesale generation markets can vary sipificaritly and may be susceptible to 
market power abuse by dominant suppliers. Mr. Graves helped one of the largest ISOs in the 
U.S. develop market monitoiing procedures to detect and discouraee market manipulations that 
would impair competition. 

+ Vertical m k e t  power arises when sufficient control of an upstream market creates a competitive 
advantage in a downstream market. It is possible for this problem to arise in power supply, in 
settings where the likely marginal generation is dependent on very few fuel suppliers who also 
have economic interests in the local generation market. Mr. Graves analyzed this problem in the 
context of the Califoinia gas and electric markets and filed testimony to explain the magnitude 
and manifestations of the problem. 

o The increased use of transmission congestion pricing has created interest in merchant 
transmission facilities. Mr. Graves assisted a developer with testimony on the potential impacts 
of a proposed line on market competition for transmission services and adjacent generation 
markets. He also assisted in the design of the process for soliciting and ranking bids to buy 
tranches of capacity over the line. 
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+ Many regions have misgivings about whether the preconditions for retail electric access are truly 
in place. In one such region, A h .  Graves assisted a group of industrial customers with a critique 
of retail restructuring proposals to demonstrate that the locally weak transinission grid made 
adequate competition among nunerous generation suppliers veiy implausible. 

+ Mr. Graves assisted one of the early ISOs with its initial market peifoimnce assessment and its 
design of market monitoring tests for diagnosing the quality of prevailing competition. 

E’leclric and Gas Transmission 

Q Substantial fleets of wind-based generation can impose significant integration costs on power 
systems. Ivh. Graves assisted in assessing what additional mounts and costs for ancillary 
services would be needed for a large Westem utility. 

+ For a utility seeking FERC approval for the purchase of an affiliate’s generating facility, Mr. 
Graves analyzed how transmission constraints affecting alternative supply resources altered their 
usefblness to the buyer. 

+ As part of a generation capacity planni~ig study, he lead an analysis of how congestion premiwns 
and discounts relative to locational marginal prices (LMPs) at load centers affected the 
attractiveness of different potential locations for new generation. At issue was whether the 
prevailing LMP differences would be stable over time, as new transmission facilities were 
completed, and whether new plants could exacerbate existing differentials and lead to degraded 
market value at other plants. 

+ Mr. Graves assisted a genco with its involvement in the negotiation and settlement of “regional 
thou& and out rates” (RTOR) that were to be abolished when MIS0 joined PJM. His t e m  
analyzed the distribution of cost impacts from several competing proposals, and they commented 
on administrative difficulties or advantages associated with each. 

+ For the electric utility regulatory commission of Colombia, S.A., Mr. Graves led a study to assess 
the inadequacies in the physical capabilities and economic incentives to manage voltages at 
adequate levels. The Braftle team developed mi.nbnum reactive power support obligations and 
supplement reactive power acquisition mechanism for generators, trarismission companies, and 
distribution compmies. 

o Mr. Graves conducted a cost-of-service analysis for the pricing of ancillary services provided by 
the New York Power Authority. 

+ On behalf of the Electric Power Research Institute (EPRI), Mr. Graves wrote a primer on how to 
defiue and measure the cost of electric utility transmission services for better planning, pricing, 
and regulatory policies. The text covers the basic electrical engineering of power circuits, utility 
practices to exploit transmission economies of scale, means of assuring system stability, 
economic dispatch subject to transmission constraints, and the estimation of marginal costs of 
transmission. The implications for a variety of policy issues are also discussed. 
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o "lie nahud gas pipeline industry is wedged between coinpetitive gas production and competitive 
resale of gas delivered to end users. Iu principle, the resulting basis differentials between 
locations around the pipeline ought to provide efficient usage and expansion signals, but 
traditional pricing rules prevent the pipehe companies fiom participating in the marginal value 
of their own services. Mr. Graves worked to develop alteinative pricing mechanisms and service 
mixes for pipelines that would provide more dynamically efficient signals and incentives. 

+ Mr. Graves analyzed the spatial and temporal patterns of inarginal costs on gas and electric utility 
transmission networks using optimization models of production costs and network flows. These 
results were used by one natural gas transmission company to design receipt-point-based 
transmission service tariffs, and by another to demonstrate the incremental costs and uneven 
distribution of impacts on customers that would result from a proposed unbundling of services. 

o Holding company utilities with m y  subsidiaries in different states face differing kinds of 
regulatoiy allowances, balancing accouuts with differing lags and allowed returns for cost 
recoveiy, possibly different capital struchves, as well as different (and varying) operating 
conditions. Given such heterogeneity, it can be difficult to determine which subsidiaries are 
per!3oiming well vs. poorly relative to their regulatoiy and operational challenges. Mr. Graves 
developed a set of fmancial repoiting normalization adjustments to isolate how much of each 
subsidimy's profitability was due to financial, vs. managerial, vs. non-recurring operational 
conditions, so that meauiugfbl perfoiinance appraisal was possible. 

o Many banks, insurance fiim and capital management subsidiaries of large multinational 
corporations have entered into long tenn, cross border leases of properties under sale and 
leaseback or lease in, lease out teims. These have been deemed to be unacceptable tax shelters by 
the IRS, but that is an appealable claim. Mr. Graves has assisted several companies in evaluating 
whether their cross border leases had legitimate business purpose and economic substance, above 
and beyond their tax benefits, due to likelihood of potentially facing a role as equityholder with 
ownership risks and rewards. He has shown that this is a case-specific matter, not per se 
determined by the general character of these transactions. 

+ Many utilities have regulated and unregulated subsidiaries, which face different types and degrees 
of risk. Mr. Graves lead a study of the appropriate adjustments to corporate hurdle rates for the 
various lines of business of a utility with many types of operations. 

o A company that incwed Windfall Tax liabilities in the U.K. regarded those taxes as creditable 
against US. income taxes, but this was disputed by the IRS. MI-. Graves lead a team that 
prepared reports and testimony on why the Windfall Tax had the character of a typical excess 
profits tax, and so shonld be deemed creditable in the U.S. The tax courts concurred with this 
opiuion and allowed the claimed tax deductions in fiill. 
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4 For a defendant in a sentencing hearing for securities’ fraud, Mr. Graves prepared an analysis of 
how the defendant’s role in the corporate crisis was confounded by other concurrent events and 
disclosures that made loss calculations unreliable. At trial, tlie Goveimnent stipulated that it 
agreed witli hlr. Graves’ analysis. 

o For the U.S. Depai-tment of Justice, Mr. Graves prepared an event shidy quantiflhig bounds on 
the economic limn to shareholders that had likely ensued from revelations that Dynegy 
Corporation’s “Project Alpha” had been improperly represented as a source of operating income 
rather than as a financing. The event study was presented in tlie re-sentencing hexing of Mr. 
Jamie Olis, the prhaty architect of Project Alpha. 

+ Mr. Graves has assisted leasing companies with analyses of the tax-legitimacy of complex leasing 
transactions. These analyses involved reviewing the extent and quality of due diligeiice pursued 
by the lessor, the adequacy of pre-tax returns, the character, time pattern, and degree of risk boine 
by the buyer (lessor), the extent, purpose and cost of defeasance, and compliance with prevailing 
guidelines for true-lease stahis. 

o For a utility facing significant financial losses from likely fiiture costs of its Provider of Last 
Resort (POLR) obligations, Mr. Graves prepared an analysis of how optimal hindsight coverage 
would have compared in costs to a proposed restnicturing of tlie obligation. He also reviewed the 
pi-udence of prior, achial coverage of the obligation in light of conventional risk inanagemeiit 
practices and prevailing market conditions of credit constraints and low long-term liquidity. 

4 Several banks were accused of aiding and abetting Enron’s fraudulent schemes and were sued for 
damages. Mr. Graves analyzed how the stock market had reacted to one bank’s equity analyst’s 
reports endorsing Emon as a “b~y,” to deteimine if those reports induced statistically significant 
positive abnonnal r ehm.  He showed that individually and collectively they did not have such 
an effect. 

o Mr. Graves lead an analysis of whether a corporate subsidiary had been effectively under the 
strategic and operational control of its parent, to such an extent that it was appropriate to “pierce 
the corporate veil” of limited liability. The analysis investigated the presence of untenable debt 
capitalization in the subsidiary, overlapping management staff, the adherence to n o m 1  corporate 
goveinance protocols, and other kinds of evidence of excessive parental control. 

4 As a tax-revenue enhancement measure, the IRS was considering a plan to recapture deferred 
taxes associated with generation assets that were divested or reorganized during state 
restruchuings for retail access. Mr. Graves prepared a white paper demonstrating the unfairness 
and adverse consequences of such a plan, which was instrumental in ehninating the proposal. 

4 For a major electronic and semiconductor firm, Mr. Graves critiqied and refmed a proposed 
procedure for ranking the attractiveness of research and development projects. Aspects of risk 
peculiar to research projects were empliasized over the standards used for budgeting an already 
proven commercial venture. 
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o In a dispute over damages from a prematurely terminated long-term power tolling contract, Mr. 
Graves presented evidence on why calculating the present value of those damages required the 
use of two distinct discount rates: one (a low rate) for tlie revenues lost uuder the low-risk 
terminated contract and another, much higher rate, for the valuation of the replacement revenues 
in the risky, short-term wholesale power markets. The arnouuit of damages was dramatically 
larger under a two-discount rate calculation, which was the position adopted by the court. 

+ llie energy and telecom industries have been plagued by allegations regarding trading and 
accounting misrepresentations, such as wash trades, manipulations of mark-to-market valuations, 
prematwe recognition of revenues, and improper use of off-balance sheet entities. Iu many cases, 
this conduct has preceded financial collapse and subsequent sliareholder suits. Mr. Graves lead 
research on accounting and financial evidence, including event studies of the stock price 
movements around the time of the contested practices, and reconstniction of accounting and 
economic justifications for the way asset values and revenues were recorded. 

o Dramatic natural gas price increases in the U.S. have put several natural gas and electric utilities 
in the position of having to counter claim that they should have hedged more of their fuel 
supplies at times in the past. Mr. Graves developed testimony to rebut this hindsight criticism 
and risk management techniques for file1 (and power) procurement for utilities to apply in the 
fiiture to avoid prudence challenges. 

4 As a means of calculating its stranded costs, a utility used a partial spin-off of its generation 
assets to a company that had a minority ownership from public shareholders. A dispute arose as 
to whether this minority ownership might be depressing the stock price, if a “control premnium” 
was being implicitly deducted from its value. Using event studies and st.luctwa1 analyses, Mr. 
Graves identified tlie key drivers of value for this pai-tially spun-off subsidiaiy, and he showed 
that value was not being impaired by the operating, fiuancial and strategic restrictions on the 
company. He also reviewed the financial economics literature on empirical evidence for control 
premium, which he showed reinforced the view that no control premium de-valuation was likely 
to be affecting the stock. 

o A large public power agency was conceined about its debt capacity in light of increasing 
competitive pressures to allow its resale customers to use alternative suppliers. Mr. Graves lead a 
team that developed an Economic Balance Sheet representation of the agency’s electric assets and 
liabilities in market value terms, which was analyzed across several scenarios to detenniue safe 
levels of debt financing. In addition, new seivice piicing and upstrearn supply contracting 
arrangements were identified to help reduce risks. 

o Wholesale generating companies intuitively realize that there are considerable differences in the 
financial risk of different kinds of power plant projects, depending on fuel type, length and 
duration of power purchase agreements, and tightness of local markets. However, they often are 
unaware of how if at all to adjust the hurdle rates applied to valuation and development decisions. 
Mr. Graves lead a Brattle analysis of risk-adjusted discount rates for generation; very substantial 
adjustments were found to be necessary. 
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+ A major telecomnunications fum was concenied about when and how to reenter tlie Pacific f i n  
for wireless ventures following the economic collapse of that region in 1997-99. Mr. Graves lead 
an engagement to idenhfy prospective local paifners witli a goveinance stnicture that made it 
unlikely for them to divert capital from the venhwe if markets went soft. He also helped specify 
contracting and financing stmchwes that create incentives for the venture to remain together 
should it face financial distress, while offering strong returns under good performance. 

There are many risks associated witli operations in a foreign country, related to tlie stability of its 
currency, its macro economy, its foreign investment policies, and even its political system. Mr. 
Graves has assisted fi~ms facing these new dimensions to assess the iisks, identify strategic 
advantages, and choose an appropriate, iisk-adjusted hurdle rate for the market conditions and 
contracting teiins they will face. 

+ The glut of generation capacity that helped usher in electsic industry restructuuing in the US led to 
asset devaluations in many places, even where no retail access was allowed. In some cases, this 
has led to bankruptcy, especially of a few large rural electric cooperatives. Mr. Graves assisted 
one such coop with its long teim financial modeling and rate design under its plan of 
reorganization, which was approved. Testimony was provided 011 cost-of-service justifications 
for the new generation and trmsmission prices, as well as on iisks to the plan froin potential 
environmental liabilities. 

4 Power plants often provide a signific<mt contribution to the property tax revenues of the 
townships where they are located. A comnon valuation policy for such assets has been that they 
are worth at least tlieir book value, because that is the foundation for their cost recoveiy under 
cost-of-service utility ratemaking. However, restructuring throws away that guarantee, requiring 
reappraisal of these assets. Traditional valuation methods, e.g., based on the replacement costs of 
comparable assets, can be misleading because they do not consider inarket conditions. Mr. 
Graves testified on sucli matters on behalf of the owners of a small, out-of-market coal unit in 
Massachusetts. 

4 Stranded costs and out-of-market contracts from restructuring can affect municipalities and 
cooperatives as well as investor-owned utilities. Mr. Graves assisted one debt-financed utility in 
an evaluation of its possibilities for reorganization, refinancing, and re-engineering to improve 
financial health and to lower rates. Sale and leaseback of generation, fiiel contract renegotiation, 
targeted downsizing, spin-off of trmmission, and new marketing program were among the 
inany components of the proposed new business plan. 

+ As a means of reducing supply coimnitment risk, some utilities have solicited offers for power 
contracts that grant the right but not the obligation to take power at some future date at a 
predetermined price, in exchange for an initial option premium payment. Mr. Graves assisted 
several of these utilities in the development of valuation models for comparing the asking prices 
to fair market values for option contracts. In addition, he has helped these clients develop 
estimates of the critical option valuation parameters, such as trend, volatility, and correlations of 
the future prices of elechic power and the various he1 indexes proposed for pricing the optional 
power. 
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o For the World Bauk and several investor-owned electric utilities, Mr. Graves presented tutorial 
seininars on applying methods of fmancial economics to the evaluation of power production 
investments. Techniques for using option pricing to appraise the value of flexibility (such as 
iu-ises from fiiel switching capability or small plant size) were emphasized. He has applied these 
methods in estimating the value of contingent contract teiins in fuel contracts (such as price caps 
and floors) for natural gas pipelines. 

o Mr. Graves prepared a review of empirical evidence regarding the stock market's reaction to 
alternative dividend, stock repurchase, and stock dividend policies for a mjor  electric utility. 
Tax effects, clientele shifting, signaling, and ability to sustain any new policies into the fiiture 
were evaluated. A one-time stock repurchase, with carefiil announcement wording, was 
recommended. 

o For a division of a large telecommunications fhm, Mr. Graves assisted in a cost benclunarking 
study, in which the costs and management processes for billing, service order and inventory, and 
software development were compared to the practices of other afE2iates and competitors. Unit 
costs were developed at a level far more detailed tlian the company noimally tracked, and 
numerical measures of drivers that explained the structural and efficiency causes of variation in 
cost peiformance were identified. Potential costs savings of 10-50 percent were estimated, and 
procedures for better identification of inefficiencies were suggested. 

o For an electric utility seeking to improve its plant maintenance program, Mr. Graves dkected a 
study on the incremental value of a percentage point decrease in the expected forced outage rate 
at each plant owned and operated by the company. This defined an economic prioiity ladder for 
efforts to reduce outage that could be used in lieu of engineering standards for each plant's 
availability. Tile potential savings were compared to the costs of alteinative schedules and 
contracting policies for preventive and reactive maintenance, hi order to specify a cost reduction 
Program. 

o Mr. Graves conducted a study on the risk-adjusted discount rate appropriate to a publicly-owned 
electric utility's capacity planning. Since reveniie requirements (the mounts being discounted) 
include operating costs in addition to capital recoveiy costs, the weighted average cost of capital 
for a comparable utility with traded securities may not be the correct rate for every alternative or 
scenario. The risks implicit in the utility's expansion alternatives were broken into component 
sources and phases, weighted, aqd compared to the iisks of bonds and stocks to estimate project- 
specific discount rates and their probable bounds. 

PROFESSIO~'AL AFFILIATIONS 

o IEEE Power Engineering Society 
+ Mathemtical Association of America 
+ American Finance Association 
o International Association for Energy Economics 
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TESTIMONY 

Direct testimony on behalf of Columbus Southern Power Company and Ohio Power Company 
before the Public Utilities Commission of Ohio in the Matter of the Commission Review of 
the Capacity Charges of Ohio Power Company and Columbus Southein Power Company, Case 
NO. 10-2929 -EL-UNC, AtIWst 31,2011. 

Rebuttal report on spent nuclear fuel removal on behalf of Yankee Atomic Electric Company, 
Connecticut Yankee Atomic Power Company, Maine Yankee Atomic Power Company before the United 
States Court of Federal Claim, Nos. 07-876C, No. 07-875C, No. 07-877C, August 5,201 1. 

Direct Testimony on rehearbig regarding the allowance of swaps in Rocky Mountain Power's 
fuel adjustment cost recoveiy mechanism, on behalf of Rocky Mountain Power before the Public 
Seivice Commission of the State of Utah, July 201 1. 

Comments and Reply Comments on capacity procurement and transmission planning on behalf 
of New Jersey Electric Distribution Companies before the State of New Jersey Board of Public 
Utilities in the Matter of the Board's Investigation of Capacity Procurement and Transmission 
Planning, NJ BPU Docket No. E01 1050309, June 17,201 1; July 12,201 1. 

Rebuttal testimony regarding Rocky Mountain Power's hedging practices on behalf of Rocky 
Mountain Power before the Puiblic Seivice Commission of the State of Utah, Docket No. 10-035- 
124, June 2011. 

Expert and Rebuttal reports regarding contract termination damages, on behalf of Hess Coiporation 
before the United States District Court for the Noithem District of New York, Case No. 5:10-cv-587 
(NPM/GHL),April29,2011,May 13,2011. 

Expert and Rebuttal repoits on spent fuel removal at Rancho Seco nuclear power plant, on behalf of 
Sacramento Municipal Utility District before the U.S. Court of Federal Claims, No. 09-587C, October 
2010, July 1,2011. 

Rebuttal testimony on the Impacts of the Merger with First Energy on retail electric competition in 
Pennsylvania, on behalf of Alleaeny Power before the Pennsylvania Public Utility Commission, Docket 
Numbers A-2010-2176520 and A-2010-2176732, September 13,2010. 

Expert and Rebuttal reports on the interpretation of pricing terms in a long term power purchase 
agreement, on behalf of Chambers Cogeneration Limited Partnership before tlie Superior Court of New 
Jersey, Docket No. L-329-08, August 23,2010, September 21,2010. 

Expert and Rebuttal repoi-ts on spent fuel removal at Trojan nuclear facility, on behalf of Portland General 
Electric Company, The City of Eugene, Oregon, and PacLfiCorp before the United States Court of Federal 
Claims No. 04-0009C, August 2010, June 29,2011. 
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Rebuttal and Rejoinder testimonies on the approval of its Smart Meter Technology Procurement and 
Installation Plan before the Pennsylvania hiblic Utility Commission on belialf of West Penn Power 
Company d/b/a Allegheny Power, Docket Number M-2009-212395 1, October 27, 2009, Noveiriber 6, 
2009. 

Supplemental Direct testimony on the need for an energy cost adjustment mechanism in Utali to recover 
the costs of fuel and purchased power, on behalf of Rocky Mountain Power before the Pnblic Service 
Coidssion of Utah, Docket No. 09-035-15, August 2009. 

Expert and Rebuttal reports on spent nuclear fuel removal on behalf of Yankee Atomic Electric Company, 
Connecticut Yankee Atomic Power Company, Maine Yankee Atomic Power Company before the United 
States Court of Federal Claims, Nos. 98-126C, No. 98-154C, No. 98-474C, April 24,2009, July 20,2009. 

Expert report in regard to opportunistic under-collateralization of affiliated trading companies, on behalf 
of BJ Energy, LLC, Franklin Power LLC, GLE Trading LLC, Ocean Power LLC, Pillar Fund LLC and 
Accord Energy, LLC before the United States District Court for the Eastern Disbict of Pennsylvania, No. 
09-CV-3649-NS, March 2009. 

Rebuttal report in regard to appropriate discount rates for different phases of long-term leveraged leases, 
on behalf of Wells Fargo & Co. and subsidiaries, Docket No. 06-628T, January 15,2009. 

Oral and written direct testimony regarding resource procurement and portfolio design for Standard Offer 
Seivice, on behalf of PEPCo Holdings Inc. in its Response to Mayland Public Service Commission, Case 
No. 9117, October 1,2008 andDecember 15,2008. 

Direct testimony regarding considerations affecting the market price of generatioa service for Standard 
Service Offer (SSO) customers, on behalf of Ohio Edison Company, et nl., Docket 08-125, July 24,2008. 

Direct testimony in support of Delmarva’s “Application for the Approval of Land-Based Wind Contracts 
as a Supply Source for Standard Offer Seivice Customers,” on behalf of Delmava Power & LiEJlt 
Company before the Public Service Commission of Delaware, July 24,2008. 

Oral direct testimony in regard to the Government’s performance in accepting spent nuclear fuel under 
contractual obligations established in 1983, on behalf of plaintiff Dairyland Power Cooperative before the 
United States Couut of Federal Claims (No. 04-106C), July 17,2008. 

Direct testimony for Dehnava Power & Light on risk cliaracteiistics of a possible inanaged portfolio for 
Standard Offer Seivice, as part of Delmarva’s IRP filings (PSC Docket No. 07-20), March 20, 2008 and 
May 15,2008. 

Oral direct testimony regarding the economic substance of a cross-border lease-to-service contract for a 
Geiman waste-to-energy plant on behalf of AWG Leasing Trust and KSP Investments, Inc before U. S. 
District Court, Northern District of Ohio, Eastern Division, Case No. 1:07CV0857, January 2008. 

Direct testimony regarding portfolio magement alternatives for supplying Standard Offer Service, on 
behalf of Potomac Electric Power Company and D e h a  Power & Light Company before the Public 
Service Coinmission of Maryland, Case No. 91 17, September 14,2007. 
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Direct testimony in regard to preconditions for effective retail electric competition, on behalf of New 
West Energy Corporation before the Arizona Commerce Commission, Docket No. E-03964A-06-0168, 
August 3 1,2007. 

Direct and rebuttal testimonies regarding the application of OG&E for ai order of conmission granting 
preapproval to conshuct Red Rock Generating Facility and autlioiizing a recovery rider, on behalf of 
Oklahoma Gas & Electric Company (OG&E) before the Corporation Coinmission of the State of 
Oklahoma, Case No. PUD 200700012, January 17,2007 and June 18,2007. 

Testimony in regard to whether defendant’s role in accounting misrepresentations could be reliably 
associated with losses to shareholders, on behalf of defendant Mark Kaiser before U.S. District Court of 
New York SI:04Cr733 (TPG). 

Rebuttal testimony on proposed bencharks for evaluating the Illiuois retail supply auctions, on behalf of 
Midwest Generation EME; L.L.C. and Edison Mission Marketing and Trading before the Illinois 
Commerce Commission Docket Number 06-0800, April 6,2007. 

Direct and rebuttal testimonies on the shareholder impacts of Dynegy’s Project Alpha for tlie sentencing 
of Jamie Olis, on behalf of the U.S. Department of Justice before the United States District Court, 
Southern Dishict of Texas, Houston Division, Crimiual Number H-03-217, September 12,2006. 

Direct and rebuttal testimony on the need for POLR rate cap relief for Metropolitan Edison and 
Pennsylvania Electric and the prudence of their past supply procurement for those obligations, on behalf 
of FirstEnergy Corp before the Pennsylvania Public Utility Commission, Docket Nos. R-00061366 and 
R-00061367, August 24,2006. 

Direct testimony regarding Deutsche Bank Entities’ opposition to Enron Coiy ’s amended motion for class 
certification, on behalf of the Deutsche Bank Entities before the United States District Court, Southern 
District of Texas, Houston Division, Docket No. H-01-3624, February 2006. 

Expert and Rebuttal reports regarding the non-pesoimnce of the U.S. Depmtaent of Energy in 
accepting spent nuclear fuel under the terms of its contract, on behalf of Pacific Gas and Electric 
Company before the United States Court of Federal Claims, Docket No. 04-0074C, into which has been 
consolidated No. 04-00756, November 2005. 

Direct testimony regarding the appropriate load caps for a POLR auction, on behalf of Midwest 
Generation EME, LLC before the Illinois Commerce Commission, Docket No. 05-0159, June 8,2005. 

Affidavit regarding unmitigated market power arising from the proposed Exelon - PSEG Merger, on 
behalf of Doininion Energy, Inc. before the Federal Energy Regulatoiy Comnission, Docket No. EC05- 
43-000, April 11,2005. 

Expert and rebuttal reports and oral testimonies before the American Arbitration Association on behalf of 
Liberty Electric Power, LLC, Case No. 70 198 4 00228 04, December 2004, regarding darnages under 
termination of a long-tern tolling contract. 
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Oral direct aid rebuttal testimony before the United States Court of Federal Claims on behalf of 
Connecticut Y d e e  Atoink Power Company, Docket No. 98-154 C, July 2004 (direct) and August 2004 
(rebuttal), regarding non-perfoimance of tlie U.S. Depai-tnient of Energy in accepting spent nuclear fuel 
under the terms of its contract. 

Direct, supplemental and rebuttal testimony before tlie Public Service Commission of Wisconsin, on 
behalf of Wisconsin Public Service Corporation and Wisconsin Power and Light Company, Docket No. 
05-EI-136, Febimry 27,2004 (direct), May 4,2004 (supplemental) and May 28,2004 (rebuttal) in regard 
to the benefits of tlie proposed sale of the Kewaunee nuclear power plant. 

Testimony before the Public Utility Commission of Texas on behalf of CenterPoint Energy Houston 
Electric LLC, Reliant Energy Retail Services LLC, and Texas Genco LP, Docket No. 29526, March 2004 
(direct) and June 2004 (rebuttal), in regard to the effect of Genco separation agreements and fiuancial 
practices on stranded costs and on the value of control premiums implicit in Texas Genco Stock price. 

Rebuttal and additional testimony before the Illinois Commerce Commission, on behalf of Peoples Gas 
Light and Coke Company, Docket No. 01-0707, November 2003 (rebuttal) and January 2005 (additional 
rebuttal), in regard to prudence of gas contracting and hedging practices. 

Rebuttal testimony before the State Office of Administrative Hearings on behalf of Texas Genco and 
CenterPoint Energy, Docket No. 473-02-3473? October 23,2003, regarding proposed exclusion of part of 
CenterPoint’s purchased power costs on grounds of including “imputed capacity” payments in price. 

Rebuttal testimony before the Federal Energy Regulatoiy Comnission (FERC) on behalf of Amereii 
Energy Generating Company arid Union Electric Company, Docket No. EC03-53-000, October 6,2003, 
in regard to evaluation of transmission limitations and generator responsiveness in generation 
procurement. 

Rebuttal testimony before the New Jersey Board of Public Utilities on behalf of Jersey Central Power & 
Ligllt Company, Docket No. ER02080507, March 5, 2003, regarding the prudence of JCP&L‘s power 
purchasing strategy to cover its provider-of-last-resort obligation. 

Oral testimony (Febniq 17, 2003) and expel-& report (April 1, 2002) before the United States Disbict 
Court, Southern District of Ohio, Eastern Division on behalf of Ohio Edison Company and Pennsylvania 
Power Company, Civil Action No. C2-99-1181, regarding coal plant maintenance projects alleged to 
bigger New Source Review. 

Expert Report before the United States District Court on behalf of Duke Energy Corporation, Docket No. 
1:00CV1262, September 16, 2002, regarding forecasting changes in air pollutant emissions following 
coal plant maintenance projects. 

Direct testimony before tlie Public Utility Commission of Texas on behalf of Reliant Energy, Iuc., Docket 
No. 26195, July 2002, regarding tlie appropriateness of Reliant HL&P’s gas contracting, purchasing and 
risk management practices, and standards for assessing HL&P’s gas purchases. 
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Direct and rebuttal testimonies before the Public Utilities Commission of the State of California on behalf 
of Southern California Edison, Application No. R. 01-10-024, May 1, 2002, and June 5, 2002, regarding 
Edison’s proposed power procurement and risk manageinent strategy, and tlie regulatoiy guidelines for 
reviewing its procurement purchases. 

Rebuttal testimony before the Texas Public Utility Comnission on behalf of Reliant Resources, hic., 
Docket No. 24190, October 10, 2001, regarding the good-cause exception to the substantive rules that 
Reliant Resources, Iuc. and the staff of the Public Utility Comnission sought in their Provider of Last 
Resort settlement agreement. 

Direct testimony before the Federal Energy Regulatory commission (FERC) on behalf of Noitheast 
Utilities Seivice Company, Docket No. ER01-2584-000, July 13,2001, in regard to competitive impacts 
of a proposed merchant transmission line from Connecticut to Long Island. 

Direct testimony before the Vermont Public Service Board on behalf of Vermont Gas System, Inc., 
Docket No. 6495, Apiil 13, 2001, regarding Vermont Gas System’s proposed risk management program 
and deferred cost recovery account for gas purchases. 

Affidavit on behalf of Public Service Compaxiy of New Mexico, before the Federal Energy Replatoiy 
Commission (TERC), Docket No. EW6-1551-000, March 26,2001, to provide an updated application for 
market based rates. 

Affidavit on behalf of the New York State Electric and Gas Corporation, Apiil 19, 2000, before the New 
York State Public Seivice Coinmission, In the Matter of Cirstomer Billing Arrangenients, Case 99-M- 
063 1. 

Supplemental Direct and Reply Testimonies of Frank C. Graves and A. Lawrence Kolbe (jointly) on 
behalf of Southeiu California Edison Company, Docket Nos. ER97-2355-00, ER98-1261-000, ER98- 
1685-000, November 1, 1999, regarding risks and cost of capital for transmission services. 

Expert report before the United States Court of Federal Claims on belialf of Conuecticut Yankee Atomic 
Power Company, Coni?ecticirt Yankee Atomic Power Conpany, Plainhfls. United Stata of America, No. 
98-154 C, June 30,1999, regarding non-performance of the U.S. Department of Energy in accepting spent 
nuclear fuel under the terms of its contract. 

Expert report before the United States Court of Federal Claims on behalf of Maine Yankee Atomic Power 
Company, Maine Yankee Atoiiiic Power Coinpany, Plainhfl s. United States of America, No. 98-474 C, 
June 30, 1999, regarding the damages from non-performance of the U.S. Department of Energy in 
accepting spent nuclear fuel and high-level waste under the terms of its contract. 

Expert I.ep01.t before the United States Court of Federal Claims on behalf of Yankee Atomic Electric 
Company, Yankee Atomic Electric Conpany, Plaintiflv. United States of America, No. 98- 126 C, June 
30, 1999, regarding the damages from non-performance of the U.S. Department of Energy in accepting 
spent nuclear fuel and high-level waste under the terms of its contract. 
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Prepared direct testimony before the Federal Energy Regulatory Comnission on behalf of National Rural 
Utilities Cooperative Finance Coiporation, Inc., Cities of Anaheiw anc1 Riirersicle, Califoniicr 17. Deseret 
Generation & Transinission Cooperatila, Docket No. EL97-57-001, March 1999, regarding cost of 
service for rural cooperatives versus investor-owned utilities, and coal plant valuation. 

Expei-t repor? and oral examination before the Independent Assessment Teain for industry restructuring 
appointed by the Alberta Energy and Utilities Board on behalf of TransAlta Utilities Coiyoration, Janmy 
1999, regarding the cost of capital for generation under long-teim, indexed power pwchase agreements. 

Oral testimony before the Commonwealth of Massachusetts Appellate Tax Board on behalf of Indeck 
Energy Services of Tuners Falls, Inc., Ttrrners Falls Limited Partnership, Appellant is. Town of 
Montagire, Board of Assessors, Appellee, Docket Nos. 225 19 1-225 192,233732-233733,240482-240483, 
April 1998, regarding market conditions and revenues assessment for property tax basis valuation. 

Direct and joint supplemental testimony before the Pennsylvania Public Utility Commission on behalf of 
Pennsylvania Electric Cornpany and Metropolitan Edison Company, No. R-00974009, et al., December 
1997, regarding market clearing prices, inflation, fuel costs, and discount rates. 

Direct Testimony before the Peimylvania Public Utilities Commission on behalf of UGI Utilities, Inc., 
Docket No. R-00973975, August 1997, regarding forecasted wholesale market energy and capacity 
prices. 

Testimony before the Public Utilities Commission of the State of Califoiuia on behalf of the Southem 
California Edisoii Company, No. 96-10-038, August 1997, regarding anticompetitive implications of the 
proposed Pacific EiiteipiisesENOVA mergers. 

Direct and supplemental testimony before the Kentucky Public Service Commission on behalf of Big 
Rivers Electric Corporation, No. 97-204, June 1997, regarding wholesale generation and transinksion 
rates under the bankruptcy plan of reorganization. 

Affidavit before the Federal Energy Regulation Comnission on behalf of the Southem Califoinia Edison 
Company in Docket No. EC97-12-000, March 28, 1997, filed as part of motion to intervene and protest 
the proposed merger of Enova Corporation and Pacific Enterprises. 

Direct, rebuttal, and supplemental rebuttal testimony before the State of New Jersey Board of Public 
Utilities on behalf of GPU Energy, No. E097070459, February 1997, regardiug market clearing pikes, 
inflation, fbel costs, and discount rates. 

Oral direct testimony before the State of New York on behalf of Niagara Mohawk Corporation in 
Philadelphia Corporation, et al., I?. Niagara hfohawk, No. 71 149, November 1996, regarding 
interpretation of low-head hydro IPP contract quantity h i t s .  

Oral direct testimony before the State of New York on behalf of Niagara Mohawk Corporation in Block 
River Limited Partnership v. Niagara Mohaivk Power Corporation, No. 94-1 125, July 1996, regarding 
interpretation of IPP contract language specifying estimated energy aid capacity purchase quantities. 
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Oral direct testimony on behalf of Eastern Utilities Associates before the Massachusetts Deparbnent of 
Public Utilities, No. 96-100 and 2320, July 199G, regarding issues in restnicturing of Massachusetts 
elec!xic industry for retail access. 

Affidavit before the Kentucky Public Service Coinmission on behalf of Big Rivers Electric Coyoration 
in PSC Case No. 94-032, June 1995, regarding modifications to an environmental surcharge mechanism. 

Rebuttal testimony on behalf of utility in Eastern Energy Corporation 17. Commonwealth Electric 
Conpany, American Arbitration Association, No. 11 Y 198 00352 04, March 1995, regarding lack of net 
benefits expected from a terminated independent power project. 

Direct testimony before the Pennsylvania Public Utility Comnission on behalf of Pennsylvania Power & 
Light Company in Pennsylwnia Public Utility Comiission et 01. 17. UGI Utilitia, Inc., Docket No. R- 
932927, March 1994, regarding inadequacies in the design and pricing of UGI's proposed unbundling of 
gas transportation services. 

Direct testimony before the Pennsylvania Public Utility Commission, on behalf of Interstate Energy 
Company, Application of Interstate Energy Corrpany for Approval to Ofer Sewices in the 
Transportation of Nattcral Gas, Docket No. A-140200, October 1993, and rebuttal testimony, March 
1994. 

Direct testimony before the Pennsylvania Public Utility Commission, on behalf of Procter & Gamble 
Paper Products Company, Pennsylvania Piiblic Utility Conmiission 17. Pennsy11~~7nia Gas and Water 
Conpany, Docket No. R-932655, September 1993, regarding PG&Ws proposed charges for 
transportation balancing. 

Oral rebuttal testimony before the Ameiican Arbitration Association, on behalf of Babcock and Wilcox, 
File No. 53-199-00127-92, May 1993, regarding the economics of an incentive clause in a cogeneration 
operations and maintenance contract. 

Ausweliug testimony before the Federal Energy Regulatory Commission, on behalf of CNG 
Transmission Corporation, Docket No. RP88-211-000, March 1990, regarding network marginal costs 
associated with the proposed unbundling of CNG. 

Direct testimony before the Federal Energy Regulatory Commission, on behalf of Consumers Power 
Company et al., concerning the risk reduction for customers and the perfommice incentive benefits from 
the creation of Palisades Generating Conpany, Docket No. ER89-256-000, October 1989, and rebuttal 
testimony, Docket No. ER90-333-000, November 1990. 

Direct testimony before the New York Public Service Commission, on behalf of Consolidated Natural 
Gas Transinission Corporation, Application of Empire State Pipeline for Cert$cate of Piiblic Need, Case 
No. 88-T-132, June 1989, and rebuttal testimony, October, 1989. 
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PUBLICATIONS, PAPERS, AND PRESENTATIONS 

“Trading at the Speed of Light: The Impact of High-Frequency Trading on Market Perfoimce, 
Regulatory Oversight, and Securities Litigation,” by Pavitra Kumar, Michael Goldstein, and Frank Graves 
2011 No. 2 (Finance). 

“Dodd-Frank and Its Impact on Hedging Strategies,” Law Serninars International Electric Utility Rate 
Cases Conference, February 10,20 1 1. 

“Potential Coal Plant Retirements Under Emerging Environmental Regulations,” by Metin Celebi and 
F m ~ k  Graves, December 2010. 

“Risk-Adjusted Damages Calculation in Breach of Contract Disputes: A Case Study,” by Frank C. 
Graves, Bin Zliou, Melvin Brostemm, Qunlan Murphy, Jorinzal of Business Valzmtioiz and 
Economic Loss Analysis 5,  no. 1, October 2010. 

‘‘Gas Rice Volatility and Risk Managernent,” with Steve Levine, AGA Energy Market Regulation 
Conference, Seattle, WA, September 30,2010. 

“Managing Natural Gas Price Volatility: Principles and Practices across the Industry,’’ with Steve Levine, 
Ameiican Clean Skies Foundation Task Force on Eiisurhg Stable Natural Gas Markets, July 2010. 

“A Changing Enviromeat for Distcos,” NMSU Center for Public Utilities, The Santa Fe Conference, 
March 15,2010. 

“Prospects for Natural Gas Under Climate Policy Legislation: Will There Be a Boom in Gas Demand?,” 
by Steven H. Levine, Frank C. Graves, and Metki Celebi, The Brattle Group, he . ,  March 2010. 

“Gas Price Volatility and Risk Management,’’ with Steve Levine, Law Seminars International Rate Cases: 
Cun-ent Issues and Strategies, Las Vegas, NV, Febiuary 1 1,20 10. 

“Hedging Effects of Wind on Retail Electric Supply Costs,” with Julia Litvinova, The Electricity JozrmaZ, 
Volume 22, No. 10, December 2009. 

“Overview of U.S. Electric Policy Issues,” Los A l m o s  Education Committee, June 2009. 

“IRP Challenges of the Coming Decade” NARUC Conference, Washington, D.C., February 17,2009. 

“Volatile C02 Prices Discourage CCS Investment,” by Metin Celebi and Frank C. Graves, ?“?e Br*crttZe 
Group, Inc., January 2009. 

“Drivers of New Generation Development - A Global Review,” by Frank C. Graves and Metin Celebi, 
EPN, 2008. 
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“Utility Supply Portfolio Diversity Reqnirements” (witli Philip Q Hanser), The Electricity JOtl?7?d, 

Volume 20, Issue 5, June 2007, pp. 22-32. 

“Electric Utility Automatic Adjustment Clauses: Why They Are Needed Now More Than Ever” (with 
Philip Q Hanser and Greg Basheda), The Electricity Journal, Volume 20, Issue 5,  Juue 2007, pp. 33-47. 

“Rate Shock Mitigation,” (with Greg Basheda and Philip Q Hanser), prepared for the Edison Electric 
Institute (EEI), May, 2007. 

“PURPA Provisions of EPAct 2005: Making the Sequel Better than the Ori,@d” presented at Center for 
Public Utilities Advisory Council -New Mexico State University Cument Issues Conference 2006 , Santa 
Fe, New Mexico, March 21,2006. 

“The New Role of Regulators in Portfolio Selection and Approval” (with Joseph B. Wha~ton), presented 
at EUCI Resource and Supply Planning Conference, New Orleans, November 4,2004. 

“Disincentives to Utility Investment in tlie Current World of Competitive Regulation,” (with August 
Baker), prepared for tlie Edison Electric Institute (EEI), October, 2004. 

“Power .Procurement for Second-Stage Retail Access” (witli Greg Basheda), presented at lllinois 
Commerce Co~nmission’s ‘Post 2006 Synposim’, Chicago, IL, April 29,2004. 

YJtility hivestment and the Regulatoiy Compact,” (with August Baker), presented to NMSU Center for 
Public Utilities Advisoiy Council, Santa Fe, New Mexico, March 23,2004. 

“How Transmission Giids Fail,” (with Martin L. Baughnan) presented to NARUC Staff Subcommittee 
on Accounting and Finance, Spring 2004 Meeting, Scottsdale, Arizona, March 22,2004. 

“Resource Planning & Procurement hi Restructured Electricity Markets,” presented to NARUC Winter 
Committee Meetings, Washington, D.C., March 9,2004. 

“Resource Planning and Procurement in Evolving Electricity Markets,” (with James A. Read and Joseph 
B. Whm-ton), white paper for Edison Electric Institute (EEI), January 3 1,2004. 

“Transmission Management in the Deregdated Electric Indmtry - A Case Study on Reactive Power” 
(with Judy W. Cliang and Dean M. Murphy), The Eleciricity Jozrn?al, Volume 16, Issue 8, October, 2003. 

“Flaws in the Proposed IRS Rule to Reinstate Amortization of Deferred Tax Balances Associated with 
Generation Assets Reorganized in Industry Restructuring,” (with Michael J. Vilbert), white paper for 
Edison Electric Institute (EEI) to the IRS, July 25,2003. 

“Resowce Planning & Procurement in Restructured Electricity Markets” (with James A. Read and Joseph 
B. Wharton), presented at Northeast Mid-Atlantic Regional Meeting of Edison Electrical Institute, 
Philadelphia, PA, May 6,2003 and at Midwest Regional Meeting, Chicago, E, June 18,2003. 

‘Wew Directions for Safety Net Service - Pricing and Service Options” (with Joseph B. Whaton), white 
paper for Edison Electric Institute (EEI), May 2003. 
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‘“Volatile Markets Demand Change in State Regulatoiy Evaluation Policies,” (with Steven H. Levine), 
chapter 20 of Electric & Ncrtiird Gus Biisiiias: Uiclerstnncliiig It!, edited by Robert E. Willett, Financial 
Corrununicatiom Company, Houston, TX, February 2003, pp. 377-405. 

‘Wew York Power Authority Hydroelectric Project Production Rates,” report prepared for NYPA (New 
York Power Authoiity) on the embedded costs of production of ancillary services at the Niagara arid St. 
Lawrence hydroelectric projects, 2001-2006, January 22,2003. 

“Regulatory Policy Should Encourage Hedging Programs” (with Steven H. Levine)? Natural Gus, 
Voluune 19, Number 4, November 2002. 

“Measuring Gas Market Volatility - A Survey’’ (with Paolo Coglie and Manuel Costescu), presented at the 
Stanford Energy Modeling Forum, Washington, D.C., June 24,2002. 

“Unbundling and Rebundling Retail Generation Service: A Tale of Two Transitions” (with Joseph B. 
Wharton), presented at the Edison Electric Institute Conference on UnbundlingRebundhig Utility 
Generation and Transmission, New Orleans, LA, Febiuary 25,2002. 

“Regdatoiy Design for Reactive Power and Voltage Support Services” (with Judy W. Chaug), prepared 
for Comision de Regulacion de Ejlergia y Gas, BogotB, Colombia, December 2001. 

“Provider of Last Resort Service Hindering Retail Market Development” (with Joseph B. wllarton), 
Nntzwnl Gus, Volume 18, Number 3, October 2001. 

“Strategic Management of POLR Obligations” presented at Edison Electric Institute and the Canadian 
Electricity Association Conference, New Orleans, LA, June 5,2001. 

‘‘Measiuing Progress Toward Retail Generation Competition” (with Joseph B. Wliai-ton) Edison Electric 
Institute E-Foium presentation, May 16,2001. 

“International Review of Reactive Power Management” (with. Judy W. Cliang), presented to Comision de 
Regulacion de Energia y Gas, Bogoth, Colombia, May 4,2001. 

“POLR and Progress Towards Retail Competition - Can Kindness Kill the Market?” (with Joseph B. 
Whartou), presented at the NARUC Winter Committee Meeting, Washington, D.C., February 27,2001. 

“What Role for Transitional Electricity Price Protections After California?” presented to the Harvard 
Electricity Policy Group, 24* Plenary Session, San Diego, CA, Febiwry 1,2001. 

“Estimating the Value of Energy Storage in the United States: Some Case Studies” (with Thomas Jenkin, 
Dean Mwphy and Rachel Polimeni) prepared for the Conference on Comnercially Viable Elecbicity 
Storage, London, England, January 3 1,2001. 

“PBR Designs for Transcos: Toward a Competitive Framework” (with Steven Stoft), The EIectricity 
Journal, Volume 13, Number 7, August/September 2000. 

“Capturing Value with Electricity Storage in the Energy and Ancillary Service Markets” (with Thomas 
J e w ,  Dean Murphy and Rachel Polimeni) presented at EESAT, Orlando, Florida, September 18,2000. 
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“Implications of IS0 Design for Generation Asset Management” (with Edo Macan and David A. 
Andxade), presented at the Center for Bushess Intelligence’s Conference on Piicing Power Products & 
Services, Chicago, Illinois, October 14-15, 1999. 

“Residual Service Obligations Following Industry Restnich~ri~ig” (witli James A. Read, Jr.), paper and 
presentation at the Edison Electric Instihite Economic Regulation and Competition Committee Meeting, 
Longboat Key, Florida, September 26-2g1 1999. Also presented at EEI’s 1999 Retail Access Conference: 
Making Retail Competition Work, Chicago, Illinois, September 30-October 1, 1999. 

“Opportunities for Electricity Storage in Deregulating Markets” (with Thorns Jenkhi and Dean Murphy), 
The Electricity Jotinial, October 1999. 

Hoiv Corupetitive Mai-kef Dynaniics Afect Coal, Niiclear and Gas Generation and Fire1 Use - A  10 Year 
Look Ahead (with L. Borucki, R Broeh ,  S. Thumb, and M. Schaal), Fitlal Report, May 1999, TR- 
11 1506 (Palo Alto, CA: Electric Power Research Institute, 1999). 

“Price Caps for Standard Offer Seivice: A Hidden Stranded Cost” (with Paul Liu), The Electricity 
Joimial, Volume 11, Number 10, December 1998. 

Mechanism for Evaluating the Role of Hdroelecfric Generation in Aiicillary Service Markets (with RP. 
Broehn, R.L. Earle, T.J. Je- and D.M. Murphy), Final Report, November 1998, TR-111707 (Palo 
Alto, CA: Electric Power Research Institute, 1998). 

“PJM Market Competition Evaluation White Paper,” (with Philip Haiser), prepared for PJM, L.L.C., 
October, 1998. 

“The Role of Hydro Resources in Supplying System Support and Ancillay Services,” presented at the 
EPRI Generation Assets Management Conference, Baltimore, Maryland, July 13-15, 1998. Published in 
EPRI Generation Assets Manageinent 1998 Coifereme: Opportmities and Challenges in the Electric 
Marketplace, Proceedings, November 1998, TR-111345 (Palo Alto, CA: EPRIGEN, Inc., 1998). 

“Regional Impacts of Electric Utility RestnictUring on Fuel Markets” (with S.L. Thumb, A.M. Schaal, 
L.S. Borucki, and R. Broeh),  presented at the EPRI Generation Assets Management Conference, 
Baltimore, Maryland, July 13-15, 1998. Published in EPRI Generation Assets Management 1998 
Conference: Opportunities mid Challenges in the Electric Marketplace, Proceedings, November 1998, 
TR-111345 (Palo Alto, CA: EPRIGEN, Inc., 1998). 

Energy Market Iwpacts of EIec fric Industry Res frirchtring: Uiderstanding Wholesale Power 
Transnzission and Trading (with S.L. Thumb, A.M. Schaal, L.S. Bonicki, and R. Broeh), Final Report, 
March 1998, EPRI TR-108999, GRI-97/0289 (Palo Alto, CA: Electric Power Research Institute, 1998). 

“Pipeline Pricing to Encourage Efficient Capacity Resource Decisions”(with Paul R. Carpenter and 
Matthew P. O’LougL~h), filed in FERC proceedings Financial Outlook for the Natzrrad Gas Pipeline 
Industry, Docket No. PL98-2-000, February 1998. 
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“One-Part Markets for Electric Power: Ensuring the Benefits of Competition” (with E. Grant Read, Philip 
Q Hanser, and Robert L. Earle), Chapter 7 in Power System Restrirchiring: Engineering and Econoniics, 
M. aid, F. Galiana, and L. Fink, eds. (Boston: Kluwer Academic Publishers, 1998, reprint 2000), pp. 243- 
250. 

‘‘Railroad and Telecoimnunications Provide Prior Experience in ‘Negotiated Rates’” (with Carlos 
Lapuerta), Nattiral Gas, July 1997. 

“Considerations in the Design of IS0 and Power Exchange Protocols: Procurement Bidding and Market 
Rules” (with J.P. Pfeifenberger), presented at the Electric Utility Consultants Bulk Power Markets 
Conference, Vail, Colorado, June 3-4, 1997. 

“The Econoinics of Negative Bmiers to Entry: How to Recover Stranded Costs and Achieve Competition 
on Equal Terms in the Electric Utility Industry” (with William B. Tye), Electric Industry Restnicturing, 
Natural Resoiirces Journal, Volume 37, No. 1, Winter 1997. 

“Capacity Prices in a Competitive Power Market” (with James A. Read), l7ie Yirttial Utility: Accoiinting, 
Technology & Coripetitise Aspects of the Bnergiiig bidusby, S .  Awerbuch and A. Preston, eds. (Boston: 
Kluwer Academic Publishers, 1997), pages 175-192. 

“Stranded Cost Recovery and Competition on Equal Tern’’ (with William B. Tye), Electricify Jotirnal, 
Voluue 9, Number 10, December 1996. 

“Basic and Enhanced Services for Recourse and Negotiated Rates in the Natural Gas Pipeliue Industry” 
(with Paul R. Carpenter, Carlos Lapuerta, and Matthew P. O’Loughlin), filed on behalf of Columbia Gas 
Transmission Coiporation and Columbia Gulf Transmission Company, in its Comnients on Negotioted 
Rates and Tenns of Sersice, FERC Docket No. RM96-7, May 29, 1996. 

“Premium Value for Hydro Power in a Deregulated Indust@‘ Technical Oppoi-hmities and Market 
Structure Effects,” presented to the EPRI Hydro Steering Committee Coifererice, Chattanooga, 
Tennessee, April 19, 1996, and to the EPRI Energy Storage Benefits Workshop, New Orleans, Louisiana, 
May 22,1996. 

“Distributed Generation Technology in a Newly Competitive Electric Power Industry’’ (with Johannes P. 
Pfeifenberger, Paul R. Armnann, and Gary A. Taylor), presented at the Ainericaiz Power Conference, 
Illinois Institute of Technology, April 10, 1996. 

“A Framework for Operations in the Competitive Open Access EnviroUment” (with Marija D. fie, Lester 
H. Fink, Albert M. DiCaprio), Electricity Jozmial, Volume 9, Number 3, April 1996. 

“Prices and Procedures of an IS0 in Supporting a Competitive Power Market” (with Marija Ilid), 
presented at the Restriichrring Electric Traiumission Conjerence, Denver, Colorado, September 27, 1995. 
“Potential Impacts of Electric Restructurjng on Fuel Use,” EPRI Fuel hisights, Issue 2, September 1995. 

c‘Optiml Use of Ancillaiy Generation Under Open Access and its Possible Implementation” (with Maia 
Die), M.1 T. Laboratory for Electronmgnetic and Electronic S’stenis Technical Report, LEES TR-95-006, 
August 1995. 
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“Estimating the Social Costs of PUHCA Regulation” (with Paul R. Carpenter), submitted to the Security 
and Exchange Coimnission’s Reqtrest for Coninzen fs on Modernization of the Regzrlntion of Public Utility 
Holding Conpnnies, SEC File No. S7-32-93, Febnlruy 6, 1995. 

A Priwer on Electric Power Flow for Econoniists and Utili@ Plcinners, TR-104604, The Electric Power 
Research Institute, EPRI Project RP2123-19, January 1995. 

“Impacts of Electric Induisby Restruchuing on Distributed Utility Teclmology,” presented to the Electric 
Power Research Instihite/National Renewable Energy LaboratoiyRlorida Power Corporation Coiference 
on Disb-ibuted Generation, Orlando, Florida, August 24, 1994. 

Pricing Transmission and Power in the Era of Retail Competition” (with Johannes P. Pfeifenberger), 
presented at the Elecfric Utility Consultants’ Retail Wheeling Coi?ference, Beaver Creek, Colorado, June 
21, 1994. 

“Pricing of Electricity Network Services to Preserve Network Security and Quality of Frequency Under 
Transmission Access” (with Dr. Maija Ilid, Paul R. Caqenter, and Assef Zobian), Response and Reply 
comments to the Federal Energy Regulatoiy Commission in is Notice of Technical Conference on 
Transnzission Pricing, Docket No. RM-93-19-000, November 1993 and January 1994. 

“Evaluathg and Using CAAA Compliance Cost Forecasts,” presented at the ELpRl Workshop on Clean 
Air Response, St. Louis, Missouri, November 17 and Arlington, Virgitla, November 19, 1992. 

“Beyond Valuation-Organizational and Strategic Considerations in Capital Budgeting for Electric 
Utilities,” presented at EPRI Capital Budgeting Notebook Workshop, New Orleans, Louisiana, Apiil 9- 10, 
1992. 

“Unbundling, Pricing, and Comparability of Service on Natural Gas Pipeline Networks” (with Paul R. 
Carpenter), as appendix to Conznients on FERC Order 636 filed by Interstate Natural Gas Association of 
America, November 1991. 
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EXHIBIT 

Please provide a copy of aII mialyses, emails, aid all other documents that support, source, 
and/or otheiwise address the assumptions used hi the analyses presented by Mr. Weaver in his 
Direct Testimony. This hichides, but is iior h iTed to, my dteinative assumptions that were 
considered but not used in the analyses. 

Please see KPSC 1-48 and the attachments to this response. Confidential. protection is being 
sought for attaclmieiits 2 a d  3. 

WTNE~S: Scott C Weaver 

SCEXHIBIT / q  
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Maintained on the Confidential Materials DVD 

And 

In the Confidential File Materials at the PSC 



EXHIBIT 

KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 45 
Page 1 of2 

Kentucky Power Company 

REQUEST 

Direct Testimony of Scott Weaver page 20 and Exhibit SCW-2, page 2. C02 prices. 

a. Please provide all analyses and research reviewed and/or prepared by the Company 
underlying its “base” fleet assumption for C02 prices from 2022 through 2040. 

b. Please provide all analyses and research reviewed and/or prepared by the Company 
underlying its “FT-CSAPR: Higher Band” assumption for C02 prices fkom 2022 through 
2040. 

RESPONSE 

a. & b. The “base (FT-CSAPR)” carbon dioxide price (C02) and the “FT-CSAPR Higher Band” 
C02 price reflect a national carbon tax and an industry consensus view. The price is escalated by 
the forecasted Consumer Price Index. The final price is benchmarked to proprietary third-party 
estimates. 

A consensus view represents the amalgamation of various sources of information. The long-term 
forecast is shaped by the views of many stakeholders, including, but not limited to: 

Investment Community - Equity and Fixed Income analysts 
Third-party Consultants - IHS Cera, PIRA, Wood Mackenzie 
Industry Groups - Edison Electric Institute 
Government Agencies - EPA, DOE, NERC, FERC 
Trade Press - Argus Air Daily, Coal Daily, Coal Weekly, The Energy Daily, Megawatt 
Daily, Gas Daily 
Various Stakeholders - Independent System Operators, Interest Groups (Environmental and 
Industry) 
Energy Companies - Listen to earnings calls, press releases, SEC filings, etc 
Internal Information - Experience from other organizations within the company. 
Independent Studies - Proprietary research studies 

The company uses this information to develop and test the robustness of the long-term forecast. 
In the case of opposing views, we use the contrary position to better understand the reasons that 
support our view. At times, we have differing views fiom other stakeholders. 

SC EXHIBIT a! 



KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 45 
Page 2 of 2 

The long-term forecast represents a fundamental view of the primary drivers to the energy 
market. Each primary driver (supply, demand, fuel, policy, etc) is developed by company 
experts and reflects public and non-public information. These industry views represent a 
sustainable outlook over the forecast period. 

A third-party dispatch model, AuroraXMP, uses the industry views to create a series of long- 
term industry projections: electricity price, fie1 consumption, new build, retirements, etc. Figure 
1 : illustrates the forecast process. 

Figure I: AuroraXMP Forecast Process 

InDut Outout 

Recycle 

After each forecast, company experts review the results for robustness and iterate until the 
market reaches equilibrium. The final outlook is benchmarked to the consensus view. 

WITNESS: Scott C Weaver, Karl R. Bletzacker 
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STATE OF SOUTH CAROLINA 

(Caption of Case) 
IN  RE: 

Duke Energy Carolinas, LLC's 2011 Integrated 
Resource Plan (IRP) 

EXHIBIT 
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) PUBLIC SERVICE COMMISSION 
1 OF SOUTH CAROLENA 
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NUMBER: 2011 - 10 - --- 

(Please type or print) 

Submitted by: Charles A. Castle SC Bar Number: 79895 
Address: Duke Energy Telephone: 704.382.4499 

550 S Tryon St., DEC45A 
Charlotte, NC 28202 Other: 

Fax: 

Email: alex.castle@duke-eoerp;y.com 
NOTE: The cover sheet and information contained herein neither replaces nor supplements the filing and service of pleadings or other papers 
as required by law. This form is required for use by the Public Service Commission of South Carolina for the purpose of docketing and must 
be filled out completely. 

Emergency Relief demanded in petition 
OCmTING ATION (Check all that apply) 
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Carolinas 

Charles A. Castle 
Senior Counsel 

Duke Energy Carolinas, LLC 
550 So& Twn Street 
Charlone, NC 28202 

re/ 704.382.4499 
Fax 980.373.8534 
alex.casue@dukeenenJy.com 

September 1,201 1 

VIA EL ECTRONIC FlLING AND 
HAND DELIVERED CONFIDENTIAL VERSlON 

Ms. Jocelyn Boyd 
Chief Clerk of the Commission 
Public Service Commission of South Carolina 
Synergy Business Park, Saluda Building 
IO 1 Executive Center Drive 
Columbia, SC 292 10 

Re: Duke Energy Carolinas, LLC’s 2011 Integrated Resource Plan 
Motion for Confidential Treatment 
Docket No. 201 1-10-E 

Dear Ms. Boyd: 

Enclosed for filing please find the CONFIDENTIAL VERSION of Duke Energy Carolinas, LLC’s 
(“Duke Energy Carolinas” or “the Company“) 201 1 Integrated Resource Plan (“201 1 IRP”). The Company 
respectfully requests that it be permitted to file the CONFIDENTIAL VERSION under seal and maintained as 
confidential pursuant to Order No. 2005-226, “ORDER REQUIRING DESIGNATION OF CONFIDENTIAL 
MATERIALS.” 

The 2010 IRP contains certain confidential information (portions of the tables in Appendix C (pages 
139-141) and the tables in Appendix I (page 165)). The information contained therein is proprietary and 
commercially sensi tive, and, if disclosed, could adversely affect the Company’s ability to provide least cost 
resources for its customers. In addition, Appendix F of the 201 1 IRP contains Duke Energy Carolinas’ most 
recently-filed FERC Form 715. As FERC Form 715 contains critical energy infrastructure information that 
should be kept confidential and non-public, Duke Energy Carolinas is also filing it under seal and requests that 
the Commission treat this information as confidential and protect it from public disclosure. 

Thus, Duke Energy Carolinas respectfully requests that the Commission grant its request for 
confidential treatment pursuant to 26 S.C. Code Ann. Regs. 103-804(S)(2)(Supp. 2010). A copy of the Public 
version of the 201 1 IRP is being filed electronically and a copy of the CONFIDENTIAL VERSION of the 201 1 
IRP is being hand delivered to the Commission and the Office of Regulatory Staff under seal. 

Please consider this correspondence as Duke Energy Carolinas’ Motion for Confidential Treatment of 
the above-referenced information in Appendices C, F and I of the 201 1 IRP. 

Thank you for your consideration of this matter and please contact me with any questions. 

Very truly yours, A 

Charles A. Castle 

mailto:alex.casue@dukeenenJy.com


Enclosures 
cc: Shannon Bowyer Hudson, Esq. 
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Integrated Resource Plan - abbreviations 

Carbon Dioxide 
Central Electric Power Cooperative, Inc. 
Certificate of Public Convenience and Necessity 
Clean Air Interstate Rule 
Clean Air Mercury Rule 
Coal Combustion Residuals 
Combined Construction and Operating License 
Combined Cycle 
Combustion Turbines 
Commercial Operation Date 
Compact Fluorescent Light bulbs 
Cross State Air Pollution Rule 
Demand Side Management 
Direct Current 
Duke Energy Annual Plan 
Duke Energy Carolinas 
Duke Energy Carolinas 
Eastern Interconnection Planning Collaborative 
Electric Membership Corporation 
Electric Power Research Institute 
Energy Efficiency 
Environmental Protection Agency 
Federal Energy Regulatory Commission 
Federal Loan Guarantee 
Flue Gas Desulphurization 
General Electric 
Greenhouse Gas 
Heating, Ventilation and Air Conditioning 
Information Collection Request 
Integrated Gasification Combined Cycle 
Integrated Resource Plan 
Interruptible Service 
Load, Capacity, and Reserve Margin Table 
Maximum Achievable Control Technology 
Nantahala Power & Light 
National Ambient Air Quality Standards 
National Pollutant Discharge Elimination System 
NC Department of Environment and Natural Resources 
NC Green Power 
New Source Performance Standard 
Nitrogen Oxide 
North American Electric Reliability Corp 
North Carolina 
North Carolina Clean Smokestacks Act 
North Carolina Division of Air Quality 
North Carolina Electric Membership Corporation 
North Carolina Municipal Power Agency #I 

coz 
CEPCI 
CPCN 
CAlR 
CAMR 
CCR 
COL 
cc 
CTs 
COD 
CFL 
CSAPR 
DSM 
DC 
The Plan 
DEC 
The Company 
ElPC 
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EPRl 
EE 
EPA 
FERC 
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GE 
GHG 
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NERC 
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NCEMC 
NCMPAI 
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Integrated Resource Plan - abbreviations 
North Carolina Utilities Commission 
Notice of Proposed Rulemaking 
Nuclear Regulatory Commission 
Palmetto Clean Energy 
Parts Per Billion 
Photovoltaic 
Piedmont Municipal Power Agency 
Plug-In Electric Vehicles 
Power Delivery 
Present Value Revenue Requirements 
Prevention of Significant Deterioration 
Public Service Commission of South Carolina 
Purchase Power Agreement 
Qualifying Facility 
Rate Impact Measure 
Renewable Energy and Energy Efficiency Portfolio Standard 
Renewable Energy Certificates 
Renewable Portfolio Standard 
Request for Proposal 
Resource Conservation Recovery Act 
Saluda River Electric Cooperative 
Selective Catalytic Reduction 
SERC Reliability Corporation 
South Carolina 
Southeastern Power Administration 
Standby Generation 
State Implementation Plan 
Sulfur Dioxide 
Technology Assessment Guide 
Total Resource Cost 
United States Department of Energy 
Utility Cost Test 
Virginia/Carolinas 
Volt Ampere Reactive 
Western Carolina University 
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NOPR 
NRC 
PaCE 
PPB 
PV 
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PSC 
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RCRA 
SR 
SCR 
SERC 
sc 
SEPA 
SG 
SIP 
SO2 
TAG 
TRC 
USDOE 
UCT 
VACAR 
VAR 
wcu 
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FORWARD 

This Integrated Resource Plan (IRP) is Duke Energy Carolinas’ biennial report under the 
revised North Carolina Utilities Commission (NCUC) Rule R8-60. A cross reference 
identifLing where each regulatory requirement can be found within this IRP is provided in 
Appendix K. 

NCUC Rule R8-60 subparagraph (h) (2) requires by September 1 of each year in which a 
biennial report is not required to be filed, an annual report to be filed with the NCUC 
containing an updated 15-year forecast of the items described in R8-60 subparagraph (c) (l), 
as well as significant amendments or revision to the most recently filed biennial report, 
including amendments or revisions to the type and size of resources identified, as applicable. 
The following updates to the 2010 IRP are provided in the Duke Energy Carolinas 201 1 IRP 
Annual Report. 

a) 15-year forecast 
b) Short term action plan 
c) Existing Generation Plants in Service 
d) Renewable Energy Initiatives 
e) Energy Efficiency and Demand Side Management peak and energy impacts 
f )  Wholesale Power Sales Commitments 
g) Legislative and Regulatory Issues . 

h) Fundamental fuel, energy, and emission allowance prices 
i) Generating units projected to be retired 
j )  Load and Resource Balance 
k) Changes to existing and future resources 
1) Overall planning process conclusions incorporating a) through 1) above 
m) Detailed information pertaining to the requirement that Duke Energy Carolinas 

implement a Greenhouse Gas Reduction Plan (Greenhouse Plan) as a stipulation to 
the North Carolina Department of Air Quality (NCDAQ) Air Permit for Cliffside 
Unit 6. This information can be found in Appendix J. 
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1. EXECUTIVE SIMMARY 

Duke Energy Carolinas, LLC (Duke Energy Carolinas or the Company), a subsidiary of 
Duke Energy Corporation, utilizes an integrated resource planning approach to ensure that it 
can reliably and economically meet the electric energy needs of its customers well into the 
future. Duke Energy Carolinas considers a diverse range of resources including renewable, 
nuclear, coal, gas, energy efficiency (EE), and demand-side management (DSM)’ resources. 
The end result is the Company’s IRP. 

Consistent with its responsibility to meet customer energy needs in a way that is affordable, 
reliable, and clean, the Company’s resource planning approach includes both quantitative 
analysis and qualitative considerations. Quantitative analysis provides insights on future 
risks and uncertainties associated with fuel prices, load growth rates, capital and operating 
costs, and other variables. Qualitative perspectives, such as the importance of fuel diversity, 
the Company’s environmental profile, the emergence and development of new technologies, 
and regional economic development considerations are also important factors to consider as 
long-term decisions are made regarding new resources. 

Company management uses all of these qualitative perspectives in conjunction with its 
quantitative analyses to ensure that Duke Energy Carolinas will meet near-term and long- 
term customer needs, while maintaining the operational flexibility to adjust to evolving 
economic, environmental, and operating circumstances in the future. As a result, the 
Company’s plan is designed to be robust under many possible hture scenarios. 

The notable changes from the 2010 IRP to the 201 1 IRP are the projected increase in peak 
generation need in 201 5 due to increased load projections, updated assumptions regarding the 
energy impacts of Compact Fluorescent Lights (CFLs) and lower projected capacity impacts 
from Demand Side Management programs, as well as changes in the projected compliance 
portfolio relating to the North Carolina Renewable Energy and Energy Efficiency Portfolio 
Standard (NC REPS). The overall impact of these factors results in a resource need of 790 
MWs in 2015. 

The increased load projection is driven primarily by an increase in the projected demand 
from the industrial sector. The 201 1 load forecast also incorporates a change in methodology 
related to the projected load impacts of CFLs in the residential and commercial sectors. 
These methodology changes included a change in the factors utilized for the residential 
sector and no incremental CFL impact, beyond what’s reflected in the historical sales trends. 

Throughout this l”, the tenn EE will denote conservation programs while the term DSM will denote Demand 
Response programs, consistent with the language 0fN.C. Gen. Stat. 62-133.8 and 133.9. 
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The lower projections of DSM impacts were driven primarily by the anticipated impact of the 
proposed Environmental Protection Agency (EPA) Reciprocating Internal Combustion 
Engine (RICE) rule, which limits hours of non-emergency operation of emergency generators 
located at commercial and industrial facilities. This rule, as proposed, is projected to 
significantly impact Duke Energy Carolinas’ Powershare program. The 201 1 DSM 
projections were updated to reflect the manner in which the RICE rule will materially limit 
participation in the Powershare program by our customers. The projected reduction in DSM 
impacts results in a corresponding increase in our customers’ capacity needs. 

Additionally, in the 201 1 IRP, the analysis reflects a shift in the Company’s strategy for NC 
REPS compliance over the long term. In the 2010 IRP, the long term NC REPS compliance 
strategy relied primarily on biomass resources during the first 10 years and then shifted to 
wind resources for the remainder of the planning period. Based upon recent proposals for 
wind purchased power agreements and the continuing federal regulatory uncertainty 
regarding treatment of biomass generation, for the 2011 IRP, the Company has adopted a 
strategy with increased reliance on wind resources during the first 10 years and a shift to 
biomass resources for the remainder of the planning period. This change in strategy impacts 
the 20 15 peak resource requirement because only a small percentage of the rated capacity for 
wind resources can be counted toward meeting the Company’s system peak, as opposed to 
the more reliable expected system peak contribution from biomass resources. 

The 201 1 IRP continues to reflect the retirement of Duke Energy Carolinas’ older coal units 
without flue gas desulfurization (FGDs) facilities (also known as SO2 scrubbers). These 
planned retirements are driven primary by the recently proposed EPA Mercury Utility 
Maximum Achievable Control Technology (MACT) rule. The MACT rule is expected to be 
finalized in November 201 1, with required control technologies to be installed by January 1 
2015. Other emerging environmental regulations that also are expected to impact the 
retirement decisions relating to the Company’s existing coal fleet include the Coal 
Combustion Residuals (CCR) rule, Cross State Air Pollution Rule (CSAPR), Sulfur Dioxide 
(S02) and Ozone National Ambient Air Quality standards (NAAQS). The Company has 
developed the 2011 IRP based on expectations of how these rules will be ultimately 
established. 

Greenhouse gas (GHG) regulations or legislation also have the potential to impact the 
Company’s resource plans. From 2007 to 2009, multiple GHG cap and trade bills were 
introduced in Congress. More recently, Clean Energy Standards (CES) have been discussed 
in lieu of cap and trade legislation or regulation. A CES would require that a certain 
percentage (e.g. 10% in 2015 escalating up to 30% in 2030) of a utility’s retail sales be met 
with combined cycle (CC) natural gas, nuclear, EE, or renewable energy. At present, the 
Company does not anticipate that Congress will consider GHG legislation through the end of 
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2012. Beyond 2012, the prospects for possible enactment of any legislation mandating 
reductions in GHG emissions are highly uncertain. Although the Company continues to 
believe that Congress will eventually adopt some form of mandatory GHG emission 
reduction or Clean Energy legislation, the timing and form of any such legislation remains 
highly uncertain. In the absence of federal GHG or Clean Energy legislation, the EPA 
continues to pursue GHG regulations on new and existing units. EPA has announced its 
plans to issue a proposed regulation for fossil-fired generating units in 201 1. The impacts of 
future EPA regulations are uncertain at this time; however the Company believes that it is 
prudent to continue to plan for a carbon-constrained future. To address this uncertainty, the 
Company has evaluated a range of COz prices, in addition to potential Clean Energy 
legislation. 

Planning Process Results 

Duke Energy Carolinas’ generation resource needs increase significantly over the 20-year 
planning horizon of the 201 1 IRP. Cliffside Unit 6 and the Buck and Dan River natural gas 
CC units, along with the Company’s EE and DSM programs, will fulfill these needs through 
2014. Beginning in 2015, the Company has a capacity need of 790 M W s  to meet its 
projected load requirements along with a 17% reserve margin. Even if the Company fully 
realizes its goals for EE and DSM, the resource need grows to approximately 7,030 M W s  by 
2031. This projected capacity need is higher than that reflected in the 2010 Duke Energy 
Carolinas IRP due primarily to higher load projections and the other reasons listed above. 

The 201 1 Duke Energy Carolinas IRP outlines the Company’s options and plans for meeting 
the projected long-term needs. The factors that influence resource needs are: 

0 Future load growth projections; 
e 

e 

0 

The amount of EE and DSM that can be achieved; 
Resources needed to meet the NC REPS requirement; 
Reductions in existing resources, for example, due to unit retirements and expiration 
of purchased power agreements (PPA); and 
Meeting the Company’s 17% target planning reserve margin over the 20-year 
horizon. 

e 

A key purpose of the IRP is to provide the Company’s management with information to aid 
in making the decisions necessary to ensure that Duke Energy Carolinas has a reliable, 
diverse, environmentally sound, and reasonably priced portfolio of resources over time. 
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In the short-term, the 2011 IRP analysis results indicate the need for peaking and 
intermediate resources as early as 2015 and 2016 and at various points throughout the study 
period. The results also show the need for new baseload facilities as early as 20 18. 

For Duke Energy Carolinas’ longer term need, the Company’s analysis continues to affirm 
the potential benefits of new greenhouse gas emission-free nuclear capacity in a carbon- 
constrained future. The Company’s analysis considered a portfolio based on full ownership 
of the 2,234 Mvir Lee Nuclear Station in 2021 and 2023, as well as a portfolio that reflects 
regional nuclear generation equivalent to the MWs associated with Lee Nuclear Station 
spread over 2018 to 2028. The regional nuclear portfolio is illustrative of a potential regional 
nuclear portfolio and the Company developed this potential portfolio based on its recent 
activities to procure new nuclear generation and to sell a portion of the Lee Nuclear Station. 
Specifically, in February 20 1 1, JEA (formerly Jacksonville Electric Authority), located in 
Jacksonville, Florida, signed an option to potentially purchase up to 20% of Lee Nuclear 
Station. In July 20 1 1 , the Company signed a letter of intent with Public Service Authority of 
South Carolina (Santee Cooper) to perform due diligence and potentially acquire an option 
for a minority interest (5  to 10% of the capacity of the two units) in Santee Cooper’s 45 
percent ownership of the planned new nuclear reactors at V.C. Summer (Summer) Nuclear 
Generating Station in South Carolina. The new Summer units are scheduled to be online 
between 2016 and 2019. 

The results of the Company’s analysis indicate that the regional nuclear portfolio is lower 
cost to customers in the base case and most scenarios, but the full nuclear portfolio was 
chosen for the 201 1 IRP preferred plan because there are no firm commitments in place at 
this time for the regional nuclear portfolio. Although the regional nuclear portfolio assumes 
10% of the Summer station is purchased, the Company’s decision on whether and how much 
to purchase will be based on many factors, including the results of the due diligence related 
to Summer, the capacity need at the time of the decision, and the financial implications of the 
purchase on the Company. Duke Energy Carolinas will continue to assess opportunities to 
benefit from economies of scale and risk reduction in new resource decisions by considering 
the prospects for joint ownership and/or sales agreements for new nuclear generation 
resources. 

Both DSM and EE programs play important roles in the Company’s development of a 
balanced, cost-effective and environmentally responsible resource portfolio. Renewable 
generation options are also necessary to meet NC REPS enacted in 2007. These resources 
will be incorporated more broadly into the Company’s resource portfolio to the extent they 
become more cost-effective in comparison with traditional supply-side resources and with 
consideration of other qualitative issues such as their intermittency and relative contribution 
to meeting peak capacity needs. Energy savings resulting from EE programs may also be 
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used to meet, in part, the Company’s REPS obligations. The Company’s REPS Compliance 
Plan is being filed concurrently with the 201 1 IRP, pursuant to the requirements of NCUC 
Rule R8-67. 

The 201 1 IRP also includes the Company’s plan for meeting the requirements set forth in the 
Cliffside Unit 6 NCDAQ Air Permit (Cliffside Air Permit). The Cliffside Air Permit requires 
the Company take specific actions to render Cliffside Unit 6 carbon neutral by 2018. In the 
context of the 201 1 IRP, the Company is seeking approval fiom the NCUC of the proposed 
plan as required by the Cliffside Air Permit. 

In light of the Company’s analyses, as well as the public policy debate relating to energy and 
environmental issues, Duke Energy Carolinas has developed a sustainable strategy to ensure 
that the Company can meet customers’ energy needs reliably and economically over the near 
and long term. Duke Energy Carolinas’ strategic action plan for long-term resources 
maintains prudent flexibility in the face of these dynamic circumstances. 

The Company’s Short Term Action Plan, which identifies accomplishments in the past year 
and actions to be taken over the next five years, are summarized below: 

0 Take actions to ensure capacity needs beginning in 2015 are met. In addition to 
seeking to meet the Company’s DSM and EE goals and meeting the Company’s 
REPS requirements, actions to secure additional capacity may include purchased 
power or generating capacity or Company-owned generation. In addition, the 
Company’s capacity needs will be evaluated in light of the combined needs and 
resources of Duke Energy Carolinas and Progress Energy Carolinas upon 
consummation of the merger between Duke Energy and Progress Energy, Inc. 
(Progress Energy). 

0 Continue to evaluate and plan for the retirement of older coal generation. Buck 
Steam Station Units 3 and 4 were retired in May 201 1. Cliffside Units 1 through 4 
and Dan River Units 1 and 2 are required to be retired in advance of the commercial 
operation of new generation at those locations. The timing of the retirements of the 
remaining un-scrubbed coal units in the 20 15 timeframe will continue to be assessed 
as emerging federal environmental regulations are finalized over the coming years. 

0 Continue to execute the Company’s EE and DSM plan, which includes a diverse 
portfolio of DSM and EE programs, and continue on-going collaborative work to 
develop and implement additional cost-effective EE and DSM products and services. 
Approved and planned programs and pilots include: 
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> The Residential Retrofit program, which was approved in North Carolina in 
Docket E-7, Sub 952 on January 25, 2011 and in South Carolina in Docket 
2010-51-E on February 24,2010. 

> The Home Energy Comparison Report pilot, which was approved by the 
Public Service Commission of South Carolina (PSC) in Docket 2010-50-E on 
March 24,20 10, and is currently only offered in South Carolina. 

> The Smart Energy Now (SEN) pilot program, which was approved by the 
NCUC in Docket E-7, Sub 961 on February 14, 2011, and is currently only 
offered in North Carolina. 

> Subject to approval by the NCUC and/or PSC, Duke Energy Carolinas plans 
to offer the following full program additions to its portfolio in the next year: 
Additional Smart $aver@ Measures, Direct Install Low Income and Appliance 
Recycling. 

> The Company is also considering a Home Energy Manager (HEM) Lite pilot 
program. 

0 Continue construction of the 825 MW Cliffside Unit 6, with the objective of bringing 
this additional capacity online by 2012 at the existing Cliffside Steam Station. As of 
June 201 1, the project was over 80% complete. 

0 Continue construction of new combined-cycle natural gas generation at Buck and 
Dan River Steam Stations. 

> Buck CC Project: Continue construction of the 620 MW Buck CC project, 
with the objective of bringing this additional capacity on line by the end of 
20 1 1. As of July 20 1 1 , project was over 90% complete. 

> Dan River CC Project: Construction has begun on the 620 MW Dan River 
CC project is scheduled to be operational by the end of 2011. As of July 
201 1 , the project was over 50% complete. 

0 Pursue the conversion of Lee Steam Station .from coal to natural gas fuel. Lee Steam 
Station is reflected in the 201 1 Duke Energy Carolinas IRP as a retired coal station in 
the fourth quarter of 2014 and converted to natural gas by January 1, 2015. 
Preliminary engineering has been completed and more detailed project development 
and regulatory efforts are ongoing. 

11 



0 Continue to pursue the option for new nuclear generating capacity in the 20 15 to 2025 
time frame. 

P The Company filed an application with the NRC for a COL in December 
2007. The Company plans to continue to support the NRC evaluation of the 
COL. 

P The Company continues to pursue project development approvals and to 
evaluate the optimal time to file the Certificate of Environmental 
Compatibility and Public Convenience and Necessity (CPCN) in South 
Carolina, as well as other relevant regulatory approvals. 

P The Company will continue to pursue available federal, state and local tax 
incentives and favorable financing options at the federal and state level. 

P The Company will continue to assess opportunities to benefit from economies 
of scale and risk reduction in new resource decisions by considering the 
prospects for joint ownership and/or sales agreements for new nuclear 
generation resources. 

0 Continue to evaluate market options for renewable generation and enter into contracts 
as appropriate. PPAs have been signed with developers of solar photovoltaic (PV), 
landfill gas, wind, and thermal resources. Additionally, renewable energy certificate 
(REC) purchase agreements have been executed for purchases of unbundled RECs 
from wind, solar PV, solar thermal and hydroelectric facilities. 

0 Continue to investigate the future environmental control requirements and resulting 
operational impacts associated with the Mercury MACT rule, the CCR rule, the 
CSAF'R rule and the new Ozone NAAQS and SOZ. 

0 Continue to pursue existing and potential opportunities with wholesale power sales 
agreements within the Duke Energy Balancing Authority Area. 

0 Continue to monitor energy-related statutory and regulatory activities. 
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2. SYSTEM OVERVIEW, OBJECTIVES, AND PROCESS 

A. SYSTEM OVERVIEW 

Duke Energy Carolinas provides electric service to an approximately 24,000-square-mile 
service area in central and western North Carolina and western South Carolina. In addition 
to retail sales to approximately 2.41 million customers, Duke Energy Carolinas also sells 
wholesale electricity to incorporated municipalities and to public and private utilities. Recent 
historical values for the number of customers and sales of electricity by customer groupings 
may be found in Tables 3.B and 3.C in Chapter 3. 

Duke Energy Carolinas currently meets energy demand, in part, by purchases from the open 
market, through longer-term purchased power contracts and from the following electric 
generation assets: 

e Three nuclear generating stations with a combined net capacity of 6,996 MW 
(including all of Catawba Nuclear Station); 
Eight coal-fired stations with a combined capacity of 7,535 MW; 
3 0 hydroelectric stations (including two pumped-storage facilities) with a combined 
capacity of 3,209 M W ;  and 
Eight combustion turbine stations with a combined capacity of 3,120 MW.  

0 

0 

e 

Duke Energy Carolinas’ power delivery system consists of approximately 95,000 miles of 
distribution lines and 13,000 miles of transmission lines. The transmission system is directly 
connected to all of the utilities that surround the Duke Energy Carolinas service area. There 
are 35 circuits connecting with eight different utilities: Progress Energy Carolinas, American 
Electric Power, Tennessee Valley Authority, Southern Company, Yadkin, Southeastern 
Power Administration (SEPA), South Carolina Electric and Gas, and Santee Cooper. These 
interconnections allow utilities to work together to provide an additional level of reliability. 
The strength of the system is also reinforced through coordination with other electric service 
providers in the Virginia-Carolinas (VACAR) subregion, SERC Reliability Corporation 
(SERC) (formerly Southeastern Electric Reliability Council), and North American Electric 
Reliability Corporation (NERC). 

The map on the following page provides a high-level view of the Duke Energy Carolinas 
system. 
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B. OBJECTIVES 

Duke Energy Carolinas has an obligation to provide reliable and economic electric 
service to its customers in North Carolina and South Carolina. To meet this obligation, 
the Company conducted an integrated resource planning process that serves as the basis 
for its 201 1 IRP. 

The purpose of this IRP is to outline a robust strategy to furnish electric energy services 
to Duke Energy Carolinas customers in a reliable, efficient, and economic manner while 
factoring in the uncertainty of the current environment. 

The planning process itself must be dynamic and constantly adaptable to changing 
conditions. The IRP presented herein represents the most robust and economic outcome 
based upon the Company’s analyses under various assumptions and sensitivities. Due to 
the uncertainty of the current environment including regulatory, economic, environmental 
and operating circumstances, Duke Energy Carolinas has performed sensitivity analysis 
as part of this IRP to account for these uncertainties. As the environment continues to 
evolve, Duke Energy Carolinas will continue to monitor and make adjustments as 
necessary and practical to reflect improved information and changing circumstances. 

Duke Energy Carolinas’ long-term planning objective is to employ a flexible planning 
process and pursue a resource strategy that considers the costs and benefits to all 
stakeholders (customers, shareholders, employees, suppliers, and community). At times, 
this involves striking a balance between competing objectives. The major objectives of 
the plan presented in this filing are: 

e Provide adequate, reliable, and economic service to customers in an 
uncertain environment. 
Maintain the flexibility and ability to alter the plan in the future as 
circumstances change. 
Choose a near-term plan that is robust over a wide variety of possible 
futures. 
Minimize risks with the development of a balanced portfolio. 

0 

e. 

e. 

C. PLANNING PROCESS 

The development of the IRP is a multi-step process over the planning period of 2011- 
203 1 involving these key planning hct ions:  
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Develop planning objectives and assumptions. 
Consider the impacts of anticipated or pending regulations or events on 
existing resources (environmental, renewables, etc.). 
Consider two different regulatory constructs to assess the impact of potential 
C02 or Energy Policy legislation. The first included a C02 cap and trade 
construct with allowance prices beginning in 2016 projected at the lower end 
of pricing of previous proposed legislation. The second construct was based 
on Clean Energy Standard where an increasing percentage of retail sales 
starting in 20 15 would come from energy efficiency, renewables, coal 
generation with carbon sequestration, nuclear and some allowance for 
combined cycle generation. Detailed descriptions of each of these constructs 
are available in Chapter 8. 
Prepare the electric load forecast. More details of this step may be found in 
Chapter 3. 
Identify EE and DSM options. More details concerning this step can be found 
in Chapter 4. 
Identify and economically screen for the cost-effectiveness of supply-side 
resource options. More details concerning this step of the process can be 
found in Chapter 5. 
Integrate the energy efficiency, renewable, and supply-side options with the 
existing system and electric load forecast to develop potential resource 
portfolios to meet the desired reserve margin criteria. More details concerning 
this step of the process can be found in Chapter 8 and Appendix A. 
Perform detailed modeling of potential resource portfolios to determine the 
resource portfolio that exhibits the lowest cost (lowest net present value of 
costs) to customers over a wide range of alternative futures. More details 
concerning this step of the process can be found in Chapter 8 and Appendix 
A. 
Evaluate the ability of the selected resource portfolio to minimize price and 
reliability risks to customers. More details concerning this step of the process 
can be found in Chapter 8 and Appendix A. 

The analytical methodology includes the incorporation of sensitivity analysis of variables 
representing the highest risk going forward, such as the load forecast, construction costs, 
fuel prices, EE, carbon prices and emerging policy. 
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3. ELECTRIC LOAD FORECAST 

Time Total Retail Residential 
Period 

The following section provides details on the Spring 201 1 Load Forecast. 

Commercial Industrial Industrial 
Textile Non-Textile 

Duke Energy Carolinas retail sales have grown at an average annual rate of 0.9 percent 
-from 1995 to 2010. The following table shows historical and projected major customer 
class growth, at a compound annual rate. 

1995-2010 

1995-2005 

Table 3.A 
Retail Load Growth (kWh sales) 

0.9% 2.7% 2.8% -7.1% -0.4% 

1.2% 2.6% 3.4% -6.0% 0.7% 

2005-20 10 0.4% 2.9% 1.7% -9.4% -2.6% 

12010-2030 I 1.5% I 1.5% 1 2.0% I -0.9% I 1.1% 

“Growth rates from 2010-2030 are derived using weather adjusted values for 2010. This 
differs &om the Forecast Book located in Appendix B, which uses actual 2010 values. 

A significant decline in the Industrial Textile class was the key contributor to the low 
load growth from 2005 to 20 10, however, this decline was mostly offset by contributions 
in the Residential and Commercial classes over the same period. Over the last 5 years, an 
average of approximately 27,000 new residential customers per year has been added to 
the Duke Energy CaroIinas service area. 

Duke Energy Carolinas’ total retail load growth over the planning horizon is driven by 
projected steady increases in the Residential, Commercial and Other Industrial classes. 
Textiles, however, are projected to experience a slow decline over the forecast horizon. 

Retail load growth summaries are shown in the Duke Energy Carolinas Spring 201 1 
Forecast book in Appendix B. 

The Residential load growth summaries shown in Table 3.A use the same history and 
forecast data for Residential Sales located on page 10 of the Forecast book in Appendix 
B. The Commercial load growth summaries use the same history and forecast data for 
Commercial Sales located on page 11 of the Forecast book in Appendix B. The Industrial 
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Textile load growth summaries use the same history and forecast data for Textile Sales 
located on page 13 of the Forecast book in Appendix B. The Industrial Non-Textile load 
growth summaries use the same history and forecast data for Other Industrial Sales 
located on page 14 of the Forecast book in Appendix B. 

2001 2002 2003 2004 2005 2006 2007 2008 2009 
Residential 1,8 14 1,840 1,872 1,901 1,935 1,972 2,016 2,052 2,059 
Commercial 295 300 307 313 319 325 331 334 333 
Industrial 8 8 8 8 7 7 7 7 7 
Other 11 11 11 12 13 13 13 14 14 
Total 2,128 2,159 2,198 2,234 2,275 2,317 2,368 2,407 2,413 

Table 3.B 
Retail Customers (lOOOs, Annual Average) 

2010 
2,072 

334 
7 

14 
2,427 

I 

Residential 

Commercial 

Industrial 

Other 

Total Retail 

23,272 24,466 

23,666 24,242 

26,902 26,259 

281 271 

Table 3.C 
Electricity Sales (GWh Sold - Years Ended December 31) 

23,947 25,150 

24,355 25,204 

24,764 25,209 

270 269 

I 2001 I 2002 I 2003 I 2004 I 2005 I 2006 I 2007 1 2008 I 2009 I 2010 

25,495 24,535 23,948 22,634 19,204 20,618 

Note: Wholesale sales will vary over time 

Wholesale Power Sales Commitments 

269 271 278 284 287 287 

77,550 76,653 79,118 77,541 73,741 78,922 

1,580 1,694 2,454 3,525 3,788 5,166 

ie to new contract agreements. 

Table 3 .D on the following page contains information concerning Duke Energy 
Carolinas’ wholesale contracts. 
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The Spring 201 1 Forecast includes projections of the energy needs of new and existing 
customers in Duke Energy Carolinas service territory. Certain wholesale customers have 
the option of obtaining all or a portion of their future energy requirements fiom other 
suppliers. while this may reduce Duke Energy Carolinas obligation to serve those 
customers, Duke Energy Carolinas assumes for planning purposes that the contracts 
displayed in Table 3.D will be extended through the duration of the forecast horizon. 

Pursuant to NCUC Rule R8-60(i)(l), a description of the methods, models and 
assumptions used by the utility to prepare its peak load (MW) and energy sales (MWh) 
forecasts and the variables used in the models is provided on pages 4-6 of the Duke 
Energy Carolinas 201 1 Forecast book located in Appendix B. Also, per NCUC Rule R8- 
60(i)( l)(A), a forecast of customers by each customer class and a forecast of energy sales 
(kwh) by each customer class is provided on pages 9-14 and pages 17-22 of the 201 1 
Forecast book located in Appendix B. 

A tabulation of the utility’s forecasts for a 20 year period, including peak loads for 
summer and winter seasons of each year and annual energy forecasts, both with and 
without the impact of utility-sponsored energy efficiency programs are shown below in 
Tables 3.E and 3.F. 

Load duration curves, with and without utility-sponsored energy efficiency programs, 
follow Tables 3.E and 3.F, and are shown as Charts 3.A and 3.B. 

These values reflect the loads that Duke Energy Carolinas is contractually obligated to 
provide and cover the period fiom 201 1 to 203 1. 

The current 20-year forecast of the needs of the retail and wholesale customer classes, 
which does not include the impact of new energy efficiency programs, projects a 
compound annual growth rate of 1.8 percent in the summer peak demand, while winter 
peaks are forecasted to grow at 1.7 percent. The forecasted compound annual growth rate 
for energy is 1.9 percent. 

If the impacts of new energy efficiency programs are included, the projected compound 
annual growth rate for the summer peak demand is 1.7 percent, while winter peaks are 
forecasted to grow at a rate of 1.6 percent. The forecasted compound annual growth rate 
for energy is 1.7 percent. 
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Table 3.E 
Load Forecast without Energy Efficiency Programs 

YEAR 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
203 1 

SUMMER WINTER ENERGY 

(Mw) 0 ( G w m  
17,596 17,121 91,750 
17,907 17,425 93,281 
18,353 17,869 95,307 

19,273 18,746 100,044 
19,752 19,180 102,48 1 
20,220 19,665 104,929 
20,680 20,123 107,476 
21,122 20,539 109,865 
2 1,475 20,868 11 1,873 
2 1,826 21,128 113,859 
22,152 2 1,482 115,560 
22,469 2 1,782 117,366 
22,777 22,080 119,235 
23,120 22,379 121,087 
23,430 22,649 123,013 
23,777 22,922 124,979 
24,109 23,280 127,025 
24,4 19 23,584 129,08 1 
24,765 23,885 131,175 
25,121 24,186 133,281 

18,800 18,303 97,455 
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Table 3.F 
Load Forecast with Energy Efficiency Programs 

YEAR SUMMER 

m 
201 1 17,557 
2012 17,812 
2013 18,245 
2014 18.680 

WINTER ENERGY 

0 ( G W  
17,115 9 1,479 
17,359 92,679 
17,773 94,5 18 
18.177 96.507 

2015 
2016 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
203 1 

23 

19,032 18,543 98,5 17 
19,476 18,891 100,472 
19,877 19,305 102,43 8 
20,265 19,694 104,503 
20,644 20,042 106,409 
20,901 20,304 107,936 
21,214 20,492 109,440 
21,530 20,835 11 1,063 
21,836 21,124 112,791 
22,135 21,412 114,580 
22,465 21,697 116,350 
22,733 21,956 118,193 
23,099 22,217 120,075 
23,420 22,565 122,035 
23,715 22,853 124,003 
24,050 23,142 126,008 
24,393 23,430 128,025 
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4. ENERGY EFFICIENCY AND DEMAND-SIDE MANAGEMENT 

Current Energy Efficiency and Demand-Side Management Programs 

In May 2007, Duke Energy Carolinas filed its application for approval of EE and DSM 
programs under its save-a-watt initiative. The Company received the final order for 
approval for these programs from the NCUC in July 2010 and from the PSC in May 
2009. 

Duke Energy Carolinas uses EE and DSM programs to help manage customer demand in 
an efficient, cost-effective manner. These programs can vary greatly in their dispatch 
characteristics, size and duration of load response, certainty of load response, and level 
and frequency of customer participation. In general, programs are offered in two primary 
categories: EE programs that reduce energy consumption (conservation programs) and 
DSM programs that reduce energy demand (demand-side management or demand 
response programs and certain rate structure programs). The following are the current EE 
and DSM programs in place in the Carolinas: 

Demand Response - Load Control Curtailment Program 
These programs can be dispatched by the utility and have the highest level of certainty. 
Once a customer agrees to participate in a demand response load control curtailment 
program, the Company controls the timing, frequency, and nature of the load response. 
Duke Energy Carolinas’ current load control curtailment programs are: 

0 Power Manager@ - Power Manager is a residential load control program. 
Participants receive billing credits during the billing months of July through October 
in exchange for allowing Duke Energy Carolinas the right to cycle their central air 
conditioning systems and, additionally, to interrupt the central air conditioning when 
the Company has capacity needs. 

Demand Response - Interruptible and Related Rate Structures 
These programs rely either on the customer’s ability to respond to a utility-initiated signal 
requesting curtailment or on rates with price signals that provide an economic incentive 
to reduce or shift load. Timing, frequency and nature of the load response depend on 
customers’ actions after notification of an event or after receiving pricing signals. Duke 
Energy Carolinas’ current interruptible and time-of-use curtailment programs include: 

0 Interruptible Power Service (IS) (North Carolina Only) - Participants agree 
contractually to reduce their electrical loads to specified levels upon request by Duke 
Energy Carolinas. If customers fail to do so during an interruption, they receive a 
penalty for the increment of demand exceeding the specified level. 
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e Standby Generator Control (SG) (North Carolina Only) - Participants agree 
contractually to transfer electrical loads from the Duke Energy Carolinas source to 
their standby generators upon request by Duke Energy Carolinas. The generators in 
this program do not operate in parallel with the Duke Energy Carolinas system and 
therefore, cannot “bacueed” (i.e., export power) into the Duke Energy Carolinas 
system. Participating customers receive payments for capacity and/or energy, based 
on the amount of capacity and/or energy transferred to their generators. 

* Powershare@ is a non-residential curtailment program consisting of four options: an 
emergency only option for curtailable load (PowerShareB Mandatory), an emergency 
only option for load curtailment using on-site generators (PowerShareB Generator), 
an economic based voluntary option (PowerShareB Voluntary), and a combined 
emergency and economic option that allows for increased notification time of events 
(PowerShareB Calloption). 

e PowerShareB Mandatory: Participants in this emergency only option will 
receive capacity credits monthly based on the amount of load they agree to 
curtail during utility-initiated emergency events. Participants also receive 
energy credits for the load curtailed during events. Customers enrolled may 
also be enrolled in PowerShareB Voluntary and eligible to earn additional 
credits. 

e PowerShareB Generator: Participants in this emergency only option will 
receive capacity credits monthly based on the amount of load they agree to 
curtail during utility-initiated emergency events and their performance during 
monthly test hours. Participants also receive energy credits for the load 
curtailed during events. 

0 PowerShareB Voluntary: Enrolled customers will be notified of pending 
emergency or economic events and can log on to a Web site to view a posted 
energy price for that particular event. Customers will then have the option to 
participate in the event and will be paid the posted energy credit for load 
curtailed. 
PowerShareB CallOption: This DSM program offers a participating customer 
the ability to receive credits when the customer agrees, at the Company’s 
request, to reduce and maintain its load by a minimum of 100 kW during 
Emergency and/or Economic Events. Credits are paid for the load available 
for curtailment, and charges are applicable when the customer fails to reduce 
load in accordance with the participation option it has selected. Participants 
are obligated to curtail load during emergency events. CallOption offers four 
participation options to customers: PS 0 6 ,  PS 5 /5 ,  PS 10/5 and PS 195. All 
options include a limit of five Emergency Events and set a limit for Economic 

0 
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Events to 0’5, 10 and 15 respectively. 

0 Rates using price signals 

o Residential Time-of-Use (including a Residential Water Heating rate) 
This category of rates for residential customers incorporates differential 
seasonal and time-of-day pricing that encourages customers to shift electricity 
usage from on-peak time periods to off-peak periods. In addition, there is a 
Residential Water Heating rate for off-peak water heating electricity use. 

o General Service and Industrial Optional Time-of-Use rates 
This category of rates for general service and industrial customers 
incorporates differential seasonal and time-of-day pricing that encourages 
customers to use less electricity during on-peak time periods and more during 
off-peak periods. 

o Hourly Pricing for Incremental Load 
This category of rates for general service and industrial customers 
incorporates prices that reflect Duke Energy Carolinas’ estimation of hourly 
marginal costs. In addition, a portion of the customer’s bill is calculated 
under their embedded-cost rate. Customers on this rate can choose to modify 
their usage depending on hourly prices. 

Energy Efficiency Programs 
These programs are typically non-dispatchable, conservation-oriented education or 
incentive programs. Energy and capacity savings are achieved by changing customer 
behavior or through the installation of more energy-efficient equipment or structures. All 
effects of these existing programs are reflected in the customer load forecast. Duke 
Energy Carolinas’ existing conservation programs include: 

0 Residential Energy Assessments 

The Residential Energy Assessments program includes two separate measures: 1) 
Personalized Energy Report (PER) and 2) Home Energy House Call. 

The PER program is a residential energy efficiency program that provides single 
family home customers with a customized report about their home and family and 
how they use energy. In addition, the customer receives CFLs as an incentive to 
participate in the program. 
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The PER program requires customers to provide information about their home, 
number of occupants, equipment and energy usage and has two variations: 

0 A mailed offer where customers are asked to complete an included energy 
survey and mail it back to Duke Energy or complete the same survey 
online. Customers mailing the energy survey receive their PER in the 
mail and those completing it online receive their PER online as a printable 
PDF document. 

0 An online offer to our customers that have signed into our Online Services 
(OLS) bill pay and view environment. Online participants complete their 
energy survey online get their PER online as a printable PDF. 

Home Energy House Call (HEHC) is a free in-home assessment designed to help 
our customers learn about home energy usage and how to save on monthly bills. 
The program provides personalized information unique to the customer's home 
and energy practices. An energy specialist visits the customer's home to analyze 
the total home energy usage and to pinpoint energy saving opportunities. An 
energy specialist will also explain how to improve the heating and cooling 
comfort levels, check for air leaks, examine insulation levels, review appliances, 
help the customer preserve the environment for the future and keep electric costs 
low. A customized report is prepared, explaining the steps the customer can take 
to increase efficiency. As a part of the Home Energy House Call program, 
customers receive an Energy Efficiency Starter Kit. At the request of the 
customer, the energy specialist can install the efficiency items to allow the 
customer to begin saving immediately. 

0 Low Income Energy Efficiency and Weatherization Program 
The purpose of this program is to assist low income residential customers with 
demand-side management measures to reduce energy usage through energy 
efficiency kits or through assistance in the cost of equipment or weatherization 
measures. 

0 Energy Efficiency Education Program for Schools 
The purpose of this program is to educate students about sources of energy and 
energy efficiency in homes and schools through a curriculum provided to public 
and private schools. This curriculum includes lesson plans, energy efficiency 
materials, and energy audits. 

0 Residential Smart $aver@ Energy Efficient Products Program 
The Smart $aver@ Program provides incentives to residential customers who 
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purchase energy-efficient equipment. The program has two components - CFLs 
and high-efficiency air conditioning equipment. 

CFLs 
The CFL program is designed to offer incentives to customers and increase 
energy efficiency by installing CFLs in high use fixtures in the home. The 
incentives have been offered in a variety of ways. The first deployment of this 
program distributed fkee coupons to be redeemed by the customer at a variety of 
retail stores. Later deployments used business reply cards and a web-based on- 
demand ordering tool where CFLs are shipped directly to the customer’s home. 

Heating Ventilation & Air Conditioning (HVAC) and Heat Pump 
The residential air conditioning program provides incentives to customers, 
builders, and heating contractors (HVAC dealers) to promote the use of high- 
efficiency air conditioners and heat pumps. The program is designed to increase 
the efficiency of air conditioning systems in new homes and for replacements in 
existing homes. 

e Smart $aver@ for Non-Residential Customers 
The purpose of this program is to encourage the installation of high-efficiency 
equipment in new and existing non-residential establishments. The program 
provides incentive payments to offset a portion of the higher cost of energy- 
efficient equipment. The following types of equipment are eligible for incentives 
as part of the Prescriptive program: high-efficiency lighting, high-efficiency air 
conditioning equipment, high-efficiency motors, high-efficiency pumps, variable 
fkequency drives, food services and process equipment. Customer incentives may 
be paid for other high-efficiency equipment as determined by the Company to be 
evaluated on a case-by-case basis through the Custom program. 

The projected impacts from these programs are included in this year’s assessment of 
generation needs. 

Additional Programs Being Considered 
In addition to our current portfolio of programs, Duke Energy Carolinas plans to add 
three additional concepts to our portfolio. These programs are similar to approved 
programs offered by Progress Energy Carolinas. The three additional programs are 
Additional Smart $aver@ Measures, Direct Install Low Income and Appliance Recycle. 
A high-level overview is provided below. 

e Additional Smart $aver@ Measures 
Partnering with W A C  dealers, the program pays incentives to partially offset the 
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cost of air conditioner and heat pump tune ups and duct sealing. This would be a 
new program and has not been offered in any of Duke Energy’s jurisdictions. 
Projected impacts of this program were included in the analysis of generation 
needs. 

0 Direct Install Low Income Program 
Program that targets low income neighborhoods providing high impact direct 
install measures (CFLs, pipe and water heater wrap, low flow aerators and 
showerheads, HVAC filters and air infiltration sealing) and energy efficiency 
education. Projected impacts of this program were included in the analysis of 
generation needs. 

0 Appliance Recycling Program 
This is a program to incentivize households to turn in old inefficient refrigerators 
and freezers. Projected impacts of this program were not included in the analysis 
of generation needs due to the timing of approval of this concept. 

The following pilot programs have been approved: 

0 Residential Retrofit 
This program was approved in North Carolina in Docket E-7, Sub 952 on January 
25,201 1 and in South Carolina in Docket 2010-51-E on February 24, 2010. The 
Residential Retrofit program is designed to assist residential customers in 
assessing their energy usage, to provide recommendations for more efficient use 
of energy in their homes and to encourage the installation of energy efficient 
improvements by offsetting a portion of the cost of implementing the 
recommendations from the assessment. Projected impacts of this pilot program 
were included in the analysis of generation needs. 

0 Home Energy Comparison Report 
This pilot was approved by the Public Service Commission of South Carolina in 
Docket 2010-50-E on March 24, 2010 and will test the energy savings impact of 
providing periodic reports to targeted customers showing how their energy 
consumption compares to that of similar neighbors. This pilot program is 
currently only offered in South Carolina. Projected impacts of this pilot program 
were included in the analysis of generation needs. 

0 Smart Energy Now (SEN) 
The SEN pilot program was approved by the NCUC in Docket E-7, Sub 961 on 
February 14, 2011 and is designed to reduce energy consumption within the 
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commercial office space located in Charlotte City Center through community 
engagement leading to behavioral modification. In order to enable building 
managers and occupants to effectively make these behavioral modifications, they 
will be provided with additional energy consumption information and actionable 
efficiency recommendations. Projected impacts of this pilot were not included in 
the analysis of generation needs due to the timing of approval. 

The following pilot program is being proposed: 

0 Home Energy Manager (HEM) Lite 
HEM Lite is a residential energy management solution designed for home owners 
with broadband internet service. The product offers energy efficiency and demand 
response benefits through a Wi-Fi enabled thermostat that will manage a 
customer’s air conditioning system by providing schedules, modes (such as 
home/away/vacation), energy savings tips, messages, and alerts. The customer 
will have the tools to access and control their thermostat through any web browser 
or by downloading an “app” on their smart phone. In addition, it will provide 
customers with the opportunity to participate in demand response events. Overall, 
this product will provide simple, intuitive, and effective tools that will enable the 
customer to reduce and manage their overall energy usage. 

Future EE and DSMprograins 

In addition to the programs and pilots listed above, Duke Energy Carolinas is actively 
working to add new programs to our portfolio that have not yet been developed. 
Estimates of the impacts of these yet-to-be-developed programs have been included in 
this analysis of generation needs. 

EE and DSM Program Screening 

The Company uses the DSMore model to evaluate the costs, benefits, and risks of DSM 
and EE programs and measures. DSMore is a financial analysis tool designed to estimate 
the value of DSM and EE measures at an hourly level across distributions of weather 
conditions and/or energy costs or prices. By examining projected program performance 
and cost effectiveness over a wide variety of weather and cost conditions, the Company is 
in a better position to measure the risks and benefits of employing DSM and EE measures 
versus traditional generation capacity additions, and further, to ensure that DSM 
resources are compared to supply side resources on a level playing field. 
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The analysis of energy efficiency cost-effectiveness has traditionally focused primarily 
on the calculation of specific metrics, often referred to as the California Standard tests: 
Utility Cost Test (UCT), Rate Impact Measure (RIM) Test, Total Resource Cost (TRC) 
Test, and Participant Test. DSMore provides the results of those tests for any type of EE 
or DSM program. 

0 The UCT compares utility benefits (avoided costs) to incurred utility costs to 
implement the program, and does not consider other benefits such as participant 
savings or societal impacts. This test compares the cost (to the utility) to 
implement the measures with the savings or avoided costs (to the utility) resulting 
from the change in magnitude and/or the pattern of electricity consumption 
caused by implementation of the program. Avoided costs are considered in the 
evaluation of cost-effectiveness based on the projected cost of power, including 
the projected cost of the utility’s environmental compliance for known regulatory 
requirements. The cost-effectiveness analyses also incorporate avoided 
transmission and distribution costs, and load (line) losses. 

0 The RIM Test, or non-participants test, indicates if rates increase or decrease over 
the long-run as a result of implementing the program. 

0 The TRC Test compares the total benefits to the utility and to participants relative 
to the costs to the utility to implement the program along with the costs to the 
participant. The benefits to the utility are the same as those computed under the 
UCT. The benefits to the participant are the same as those computed under the 
Participant Test, however, customer incentives are considered to be a pass- 
through benefit to customers. As such, customer incentives or rebates are not 
included in the TRC. 

0 The Participant Test evaluates programs from the perspective of the program’s 
participants. The benefits include reductions in utility bills, incentives paid by the 
utility and any state, federal or local tax benefits received. 

The use of multiple tests can ensure the development of a reasonable set of DSM and EE 
programs and indicate the likelihood that customers will participate. 

Energy Efficiency and Demand-Side Management Programs 

Duke Energy Carolinas has made a strong commitment to EE and DSM. The Company 
recognizes EE and DSM as a reliable, valuable resource that is an option in the 
portfolio available to meet customers’ growing need for electricity along with coal, 
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nuclear, natural gas, and renewable energy. These EE and DSM programs help 
customers meet their energy needs with less electricity, less cost and less environrnental 
impact. The Company will manage EE and DSM to provide customers with universal 
access to these services and new technology. Duke Energy Carolinas has the expertise, 
infrastructure, and customer relationships to produce results and make it a significant 
part of its resource mix. Duke Energy Carolinas accepts the challenge to develop, 
implement, adjust as needed, and verify the results of innovative EE programs for the 
benefit of its customers. 

The Duke Energy Carolinas’ approved EE plan is consistent with the requirement set 
forth in the Cliffside Unit 6 CPCN Order to invest 1% of annual retail electricity 
revenues in energy efficiency and demand side programs, subject to the results of 
ongoing collaborative workshops and appropriate regulatory treatment. For the period 
between the deployment of the Company’s save-a-watt portfolio in 2009 and 12/3 1/2010, 
Duke Energy’s conservation and demand response programs have reduced overall 
demand, including line losses, by approximately 500,000 net MWh and the Summer Peak 
has been reduced by over 700 MW. However, pursuing EE and DSM initiatives will not 
meet all our growing demands for electricity. The Company still envisions the need to 
secure additional nuclear and gas generation as well as cost-effective renewable 
generation, but the EE and DSM programs offered by Duke Energy Carolinas could 
address approximately half of the 2015 new resource need, if such programs perform as 
expected. 

Table 4.A provides the base case projected load impacts of the EE and DSM programs 
through 2031. These load impacts were included in the base case IRP analysis. The 
Company assumes total EE savings will continue to grow on an annual basis through 
2035, however the components of future programs are uncertain at this time and will be 
informed by the experience gained under the current plan. The projected load impacts 
from the DSM programs are based upon the Company’s continuing, as well as the new, 
demand response programs. These projections have decreased from last year in part due 
to incorporation of impacts from the EPA’s RICE rule. This EPA rule restricts the use of 
customer-sited generators to a very low level for demand response purposes. EPA is 
currently collecting comments on this rule so it is uncertain at this time if the rule will 
change and what the eventual impact will be on the Company’s demand response 
programs. Duke Energy Carolinas is considering alternatives to address the reduction in 
DSM capability available. 

Table 4.B provides a high case load impact scenario from the Company’s EE and DSM 
programs. For EE programs, this scenario uses the full target impacts of the Company’s 
save-a-watt bundle of programs for the first five years and then increases the load impacts 
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at 1% of retail sales every year after that until 2030, beyond which point the increase in 
the load impacts are adjusted to match the projected growth in retail sales. For DSM 
programs, the load impacts are increased to match the increase between base case and 
high case MMrI-I retail sales for the appropriate customer class. 

2013 ~ 788,832 
2014 947,489 
2015 1,526,825 
2016 2,008,940 
2017 2,491,055 
2018 2,973,170 
2019 3,455,286 
2020 3,937,401 
202 1 4,419,5l3 
2022 4,496,857 
2023 4,575,552 
2024 4,655,623 
2025 4,737,095 
2026 4,819,996 
2027 4,904,346 
2028 4,990,171 
2029 5,077,501 
2030 5,166,356 
203 1 5,256,768 

Table 4.C incorporates December 31, 2010 participation levels for all demand response 
programs and the capability of these programs projected for the summer of 20 1 1. 

102 128 19 364 343 854 955 
120 122 18 391 393 ' 923 1,044 
208 116 17 414 436 ' 983 1,190 
276 110 16 429 432 ' 987 1,262 
343 110 16 429 432 ' 986 1,329 
410 110 16 429 432 ' 986 1,396 
478 110 16 429 432 ' 986 1,465 
544 110 16 429 432 ' 986 1,530 

622 110 16 429 432 ' 986 1,608 
633 110 16 429 432 ' 986 1,619 
642 110 16 429 432 986 1,629 

667 110 16 429 432 ' 986 1,653 
679 110 16 429 432 ' 986 1,665 
688 110 16 429 432 ' 986 1,675 
703 110 16 429 432 ' 986 1,689 
715 110 16 429 432 ' 986 1,701 
727 110 16 429 432 ' 986 1,714 

611 110 16 429 432 ' 986 1,598 

655 110 16 429 432 ' 986 1,642 

Table 4.A Load ImDacts of EE and DSM Programs - Base Case 
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Table 4.B Load Impacts of EE and DSM Programs - High Case 

I 
- - _ _  

Year 
201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
203 1 

Cons e rvation Demand Response Peak MW Total 
Summer Peak MW Summer Peak 

M Wh MW 1s SG Powershare PowerManager Total MW Impacts 
271,026 39 163 54 373 264 ' 855 894 
601,792 80 154 53 419 311 ' 936 1,016 

947,489 120 140 20 450 415 1,024 1,145 
2,070,090 283 134 19 478 460 1,091 1,374 
2,809,117 387 128 18 497 456 " 1,100 1,487 
3,548,145 490 128 18 500 457 ' 1,104 1,594 
4,287,171 593 129 18 502 458 ' 1,107 1,701 

5,765,231 798 130 19 505 462 ' 1,115 1,913 

7,243,284 1,004 130 19 508 465 ' 1,122 2,126 
7,982,312 1,107 131 19 510 467 ' 1,126 2,233 
8,721,341 1,207 131 19 51 1 470 ' 1,131 2,338 
9,460,367 1,313 132 19 513 472 ' 1,136 2,448 

10,199,395 1,416 132 19 515 475 ' 1,140 2,556 
10,938,425 1,519 132 19 516 477 ' 1,145 2,663 
11,677,451 1,617 133 19 518 480 ' 1,150 2,766 
12,416,478 1,724 133 19 520 483 " 1,155 2,879 
13,155,507 1,827 134 19 52 1 486 ' 1,160 2,987 
13,385,729 1,859 134 19 523 489 ' 1,165 3,024 

788,832 102 147 21 418 362 ' 947 1,049 

5,026,201 698 129 19 503 460 ' 1,ll I 1,809 

6,504,259 902 130 19 507 463 ' 1,118 2,020 

Table 4.C 

SG 

._ .. . . .. . . .  

98 I 48 

1 -  DSNI Program Participation and Capability 

Powershare Mandatow 

I 2011 Estimated Summer IRP I 

115 313 

DSM Program Name I Participation as of 12/31/10 I Capability (MW) 

Powershare Voluntary 
P owerShare Calloption 

Level 0/5 
Level 5/5 

Level 10/5 
Level 15/5 

Power Manager 
Total 

4 N/A 

1 0 
198,503 249 
198.794 775 

IPowerShare Generator I 4 I 18 I 
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Programs Evaluated but Rejected 

Duke Energy Carolinas has not rejected any programs as a result of its EE and DSM 
program screening. 

Looking to the Future 

DSM Implementation Effectiveness - Duke Energy Carolinas has begun a review of the 
effectiveness of its DSM programs to reduce peak demand during reliability events. The 
goal of this review will be to gain insight on DSM parameters, such as duration of events 
and number of events and how these parameters impact the load reduction captured 
during a reliability event. 

Grid Modernization - Duke Energy is pursuing implementation of grid modernization 
throughout the enterprise. The recent $200 million grant awarded to Duke Energy from 
the US DOE helps further that goal. Grid modernization is a mechanism to further enable 
adoption and market penetration of EE, DSM and plug-in electric vehicles (PEVs). In 
order to meet and support EE and DSM goals, the NCUC proposed a requirement to 
include grid modernization impacts in the IRP for North Carolina electric utilities 
(including Duke Energy Carolinas) in Docket E-100, Sub 126. Duke Energy Carolinas 
filed joint comments along with Dominion-North Carolina Power on February 26, 2010, 
in which the two utilities supported the inclusion of the impact of grid modernization as 
part of the RP. The two utilities also advocated that grid modernization should be 
treated similarly to how EE and DSM resources are incorporated into the IRP. Progress 
Energy later joined Duke Energy Carolinas and Dominion-North Carolina Power in reply 
comments filed before the NCUC on March 26,2010, further emphasizing these points. 

36 



5. SUPPLY-SIDE RESOURCES 

A. EXISTING GENERATION PLANTS IN SERVICE 

Duke Energy Carolinas’ generation portfolio includes a balanced mix of resources with 
different operating and fuel characteristics. This mix is designed to provide energy at the 
lowest reasonable cost to meet the Company’s obligation to serve its customers. Duke 
Energy Carolinas-owned generation, as well as purchased power, is evaluated on a real- 
time basis in order to select and dispatch the lowest-cost resources to meet system load 
requirements. In 2010, Duke Energy Carolinas’ nuclear and coal-fired generating units 
met the vast majority of customer needs by providing 5 1.2% and 46.7%, respectively, of 
Duke Energy Carolinas ’ energy &om generation. Hydroelectric generation, CT 
generation, solar generation, long term PPAs, and economical purchases from the 
wholesale market supplied the remainder. 

Existing Resources 

The tables below list the Duke Energy Carolinas plants in service in North Carolina (NC) 
and South Carolina (SC) with plant statistics, and the system’s total generating capability. 
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Table 5.A 
North Carolina 
NAME UNIT SUMMER WINTER LOCATION 

CAPACITY CAPACITY 
MW MW 

Allen 1 162.0 167.0 Belmont, N.C. 
Allen 2 162.0 167.0 Belmont, N.C. 
Allen 3 261.0 270.0 Belmont, N.C. 
Allen 4 276.0 282.0 Belmont, N.C. 
Allen 5 266.0 275.0 Belmont, N.C. 
Allen Steam Station 1127.0 1161.0 
Belews Creek 1 11 10.0 1135.0 Belews Creek, 

Belews Creek 2 11 10.0 1135.0 Belews Creek, 

Belews Creek Steam 2220.0 2270.0 
Station 
Buck 5 128.0 131.0 Salisbury, N.C. 
Buck 6 128.0 13 1 .O Salisbury, N.C. 
Buck Steam Station 256.0 262.0 
Cliffside 1 38.0 39.0 Cliffside, N.C. 
Cliffside 2 38.0 39.0 Cliffside, N.C. 
Cliffside 3 61.0 62.0 Cliffside, N.C. 
Cliffside 4 61.0 62.0 Cliffside, N.C. 
Cliffside 5 556.0 562.0 Cliffside, N.C. 
Cliffside Steam Station 754.0 764.0 
Dan River 1 67.0 69.0 Eden, N.C. 
Dan River 2 67.0 69.0 Eden, N.C. 
Dan River 3 142.0 145.0 Eden, N.C. 
Dan River Steam 276.0 283.0 
Station 
Marshall 1 380.0 380.0 Terrell, N.C. 
Marshall 2 380.0 380.0 Terrell, N.C. 
Marshall 3 658.0 658.0 Terrell, N.C. 
Marshall 4 660.0 660.0 Terrell, N.C. 
Marshall Steam 2078.0 2078.0 
Station 
Riverbend 4 94.0 96.0 Mt. Holly, N.C. 
Riverbend 5 94.0 96.0 Mt. Holly, N.C. 
Riverbend 6 133.0 136.0 Mt. Holly, N.C. 
Riverbend 7 133.0 136.0 Mt. Holly, N.C. 
Riverbend Steam 454.0 464.0 
Station 
TOTAL N.C. 7165.0 MW 7282.0 MW 
CONWNTIONAL 
COAL 

Buck 7 c  25.0 30.0 Salisbury, N.C. 

~~ 

N.C. 

N.C. 
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PLANT TYPE 

Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 

Conventional Coal 

Conventional Coal 

Conventional Coal 
Conventional Coal 

Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 

Conventional Coal 
Conventional Coal 
Conventional Coal 

Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 

Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 

Natural Gas/Oil-Fired 



NAME 

Buck 

UNIT SUMMER WINTER LOCATION 
CAPACITY CAPACITY 

Mw Mw 

8C 25.0 30.0 Salisbury, N.C. 

Buck 9 c  12.0 15.0 Salisbury, N.C. 

Buck Station CTs 62.0 75.0 

Dan River 4 c  0.0 0.0 Eden, N.C. 

Dan River 

Dan River 

PLANT TYPE 

5 c  24.0 3 1.0 Eden, N.C. 

6C 24.0 3 1 .O Eden, N.C. 

Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 

Dan River Station CTs 
Lincoln 

Lincoln 

Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 

48.0 62.0 
1 79.2 93.0 Stanley, N.C. 

2 79.2 93.0 Stanley, N.C. 

Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Cornbustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 

93.0 Stanley, N.C. 3 79.2 

93.0 Stanley, N.C. 4 79.2 

93.0 Stanley, N.C. 5 79.2 

6 79.2 93.0 Stanley, N.C. 

Natural Gadoil-Fired 
Combustion Turbine 

Lincoln 

Natural Gadoil-Fired 
Combustion Turbine 

93.0 Stanley, N.C. 7 79.2 

Natural Gadoil-Fired 
Coinbustion Turbine 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Lincoln 

Natural Gadoil-Fired 

8 79.2 93.0 Stanley, N.C. 

9 79.2 93.0 Stanley, N.C. 

10 79.2 93.0 Stanley, N.C. 

11 79.2 93.0 Stanley, N.C. 

12 79.2 93.0 Stanley, N.C. 

13 79.2 93.0 Stanley, N.C. 

14 79.2 93.0 Stanley, N.C. 

15 79.2 93.0 Stanley, N.C. 

16 79.2 93.0 Stanley, N.C. 

Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
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Lincoln Station CTs 1267.2 1488.0 
Riverbend 

LOCATION PLANT TYPE 

Mt. Holly, N.C. 

Mt. Holly, N.C. 

Mt. Holly, N.C. 

Mt. Holly, N.C. 

Roclungham, N.C. 

Roclungham, N.C. 

Roclungham, N.C. 

Rockingham, N.C. 

Roclungham, N.C. 

Natural Gadoil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 

Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gadoil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 

Cowans Ford 1 3 1  81.3 

Riverbend 9c 22.0 30.0 

Riverbend 

Riverbend 

Riverbend Station CTs 
Roclungham 

Roclungham 

Roclungham 

Rockingham 

Roclungham 

Roclingham CTs 
TOTAL N.C. COMB. 
TURBINE 

McGuire 
McGuire 
McGuire Nuclear 
Station 
TOTAL N.C. 
NUCLEAR 
Bridgewater 

Bridgewater Hydro 
Station 
Bryson City 

Bryson City Hydro 

Bridgewater 

Bryson City 

1 oc 22.0 30.0 

11c  20.0 30.0 

64.0 90.0 
1 165.0 165.0 

2 165.0 165.0 

3 165.0 165.0 

4 165.0 165.0 

5 165.0 165.0 

825.0 825.0 
2266.2 MW 2540.0 MW 

1 1 100.0 1156.0 
2 1100.0 1156.0 

2200.0 2312.0 

2200.0 MW 2312.0 MW 

1 11.5 11.5 
2 0 0 

11.5 11.5 

1 0.48 0.48 
2 0 0 

0.48 0.48 

Morganton, N.C. 
Morganton, N.C. 

Whittier, N.C. 
Whittier, N.C. 

Hydro 
Hydro 

Hydro 
Hydro 

Stanley, N.C. I Hydro 
Stanley, N.C. I Hydro 

Station 
Cowans Ford 
Cowans Ford 

Stanlev. N.C. 1 Hvdro 

1 81.3 81.3 
2 81.3 81.3 

Cowans Ford Hydro 
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325.2 I 325.2 
Station 
Lookout Shoals 
Lookout Shoals 

1 9.3 9.3 
2 9.3 9.3 

Statesville, N.C. 
Statesville. N.C. 

Hydro 
Hvdro 



Lookout Shoals 
Lookout Shoals Hydro 27.9 27.9 

Mountain Island 
Mountain Island 

Station 
Mountain Island I l l  14 I 14 

2 1  14 I 14 
3 1  17 I 17 Mount Holly, N.C. 

Mount Holly, N.C. 
Hydro 

Mountain Island 62.0 I 62.0 
Hydro Station 
Oxford 1 20.0 20.0 Conover, N.C. 

Conover, N.C. 

Station 
Tennessee Creek 1 1 1  9.8 I 9.8 

Hydro 
Hydro 

I Tennessee Creek I I 9.8 I 9.8 

Oxford 
Oxford Hydro Station 
Rhodhiss 
Rhodhiss 
Rhodhiss 
Rhodhiss Hydro 

2 20.0 20.0 
40.0 40.0 

1 9.5 9.5 
2 11.5 11.5 
3 9.0 9.0 

30.0 30.0 

LOCATION 

Rhodhiss, N.C. 

PLANT TYPE 

Hydro 

Mount Holly, N.C. I Hydro 
Mount Holly, N.C. I Hydro 

Station 
Tuxedo 
Tuxedo 
Tuxedo Hydro Station 
Bear Creek 
Bear Creek Hydro 
Station 
Cedar Cliff 
Cedar Cliff Hydro 

1 3.2 3.2 
2 3.2 3.2 

6.4 6.4 
1 9.45 9.45 

9.45 9.45 

1 6.4 6.4 
6.4 6.4 

Flat Rock, N.C. 
Flat Rock, N.C. 

Rhodhiss,N.C. I Hydro 
Rhodhiss,N.C. I Hydro 

Hydro 
Hydro 

Tuckasegee, N.C. Hydro 

Tuckasegee, N.C. Hydro 

Station 
Franklin 
Franklin 
Franklin Hydro 

I 

Murphy, N.C. I Hydro 

1 0 0 
2 .6 .6 

.6 .6 

Franklin, N.C. 
Franklin, N.C. 

Hydro 
Hydro 
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Station 
Mission 1 0 0 
Mission 2 0 0 
Mission 3 0.6 0.6 
Mission Hydro Station 0.6 0.6 
Nantahala 1 50.0 50.0 

Murphy, N.C. 
Murphy, N.C. 

Hydro 
Hydro 

Topton, N.C. 

Tuckasegee, N.C. 

Tuckasegee, N.C. 

Tuckasegee, N.C. 

Topton, N.C. 

Hydro 

Hydro 

Hydro 

Hydro 

Hydro 
Station 
Queens Creek 1 1  1.44 I 1.44 



NAME 

Queens Creek Hydro 
Station 
TOTAL N.C. HYDRO 
TOTAL N.C. SOLAR 
TOTAL N.C. 

UNIT SUMMER WINTER LOCATION PLANT TYPE 
CAPACITY CAPACITY 

MW MW 
1.44 1.44 

603.97 MW 603.97 MW 
8.43 MW 8.43MW N.C. Solar 
12,243.60 12,746.40 

CAPABILITY 
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Table 5.B 
South Carolina aybyc7dye 

N m  UNIT 

Lee 1 
Lee 2 
Lee 3 
Lee Steam Station 
TOTAL S.C. 
CONVENTIONAL 
COAL 

Buzzard Roost 6C 

Buzzard Roost 7 c  

Buzzard Roost 8C 

Buzzard Roost 9 c  

Buzzard Roost 1 oc 
Buzzard Roost 11c 

Buzzard Roost 12c 

Buzzard Roost 13C 

Buzzard Roost 14C 

Buzzard Roost 15C 

Buzzard Roost Station 
CTs 
Lee 7 c  

Lee 8C 

Lee Station CTs 
Mill Creek 1 

Mill Creek 2 

Mill Creek 3 

Mill Creek 4 

Mill Creek 5 

SUMMER WINTER LOCATION PLANT TYPE 
CAPACITY CAPACITY 

MW MW 
100.0 100.0 Pelzer, S.C. Conventional Coal 
100.0 102.0 Pelzer, S.C. Conventional Coal 
170.0 170.0 Pelzer, S.C. Conventional Coal 
370.0 372.0 

370.0 MW 372.0 MW 

20.0 20.0 Chappels, S.C. Natural Gas/Oil-Fired 

20.0 20.0 Chappels, S.C. Natural Gas/Oil-Fired 

20.0 20.0 Chappels, S.C. Natural Gas/Oil-Fired 

20.0 20.0 Chappels, S.C. Natural Gas/Oil-Fired 

16.0 16.0 Chappels, S.C. Natural Gadoil-Fired 

16.0 16.0 Chappels, S.C. Natural Gas/Oil-Fired 

16.0 16.0 Chappels, S.C. Natural Gas/Oil-Fired 

16.0 16.0 Chappels, S.C. Natural Gadoil-Fired 

16.0 16.0 Chappels, S.C. Natural Gas/Oil-Fired 

16.0 16.0 Chappels, S.C. Natural Gadoil-Fired 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 
176.0 176.0 

41.0 41.0 Pelzer, S.C. Natural Gas/Oil-Fired 

41 .O 41.0 Pelzer, S.C. Natural Gas/Oil-Fired 

82.0 82.0 

Combustion Turbine 

Combustion Turbine 

74.42 92.4 Blacksburg, S.C. Natural Gas/Oil-Fired 

74.42 92.4 Blacksburg, S.C. Natural Gas/Oil-Fired 

74.42 92.4 Blacksburg, S.C. Natural Gas/Oil-Fired 

74.42 92.4 Blacksburg, S.C. Natural Gas/Oil-Fired 

74.42 92.4 Blacksburg, S.C. Natural Gas/Oil-Fired 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 

Combustion Turbine 
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Mill Creek 

UNIT SUMMER WINTER 
CAPACITY CAPACITY 

MW MW 

Mill Creek 

LOCATION 

Mill Creek 

6 

Mill Creek Station CTs 
TOTAL S.C. COMB 
TURBINE 

74.42 92.4 Blacksburg, S.C. 

Catawba 
Catawba 
Catawba Nuclear 
Station 
Oconee 
Oconee 

7 

8 

Oconee 
Oconee Nuclear 
Station 
TOTAL S.C. 
NUCLEAR 

92.4 Blacksburg, S.C. 

92.4 Blacksburg, S.C. 

74.42 

74.42 

Jocassee 
Jocassee 

595.4 
853.4 MW 

Jocassee 
Jocassee 
Jocassee Pumped 
Hydro Station 

739.2 
997.2 MW 

Bad Creek 
Bad Creek 

1 
2 

Bad Creek 
Bad Creek 
Bad Creek Pumped 
Hydro Station 
TOTAL PUMPED 
STORAGE 

Cedar Creek 
Cedar Creek 

195.0 195.0 Salem, S.C. 
195.0 195.0 Salem. S.C. 

Cedar Creek 
Cedar Creek Hydro 

1 
2 

Station 
Dearborn 

340.0 I 
340.0 I 

340.0 I Salem, S.C. 
340.0 I Salem. S.C. 

Dearborn 
Dearborn 

3 
4 

340.0 340.0 1 Salem, S.C. 
340.0 340.0 1 Salem, S.C. 

1 
2 

14.0 14.0 Great Falls, S.C. 
14.0 14.0 Great Falls, S.C. 

846.0 
846.0 
846.0 

2538.0 2595.0 

4796.0 MW I 4921.0 MW 1 

3 1  195.0 I 195.0 I Salem, S.C. 
4 1  195.0 I 195.0 I Salem. S.C. 

780-0 I 780.0 I 

I 1360.0 I 
13(j0*0 I 

2140.0MW 1 2140.0MW 1 

45.0 I 45.0 I 

3 1  14.0 I 14.0 I Great Falls. S.C. 

PLANT TYPE 

Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Combustion Turbine 
Natural Gas/Oil-Fired 
Coinbustion Turbine 

Nuclear 
Nuclear 

Nuclear 
Nuclear 
Nuclear 

Pumped Storage 
Pumped Storage 
Pumped Storage 
PumDed Storage 

Pumped Storage 
PumDed Storage 
Pumped Storage 
Pumped Storage 

Hvdro 
Hydro 
Hydro 

Hydro 
Hydro 
Hvdro 
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NAME UNIT STJMMER WINTER 
CAPACITY CAPACITY 

Mvv Mvv 
Dearborn Hydro 42.0 42.0 
Station 
Fishing Creek 1 11.0 1 1 .O 
Fishing Creek 2 9.5 9.5 
Fishing Creek 3 9.5 9.5 
Fishing Creek 4 11.0 11.0 
Fishing Creek 5 8.0 8.0 
Fishing Creek Hydro 49.0 49.0 
Station 
Gaston Shoals 3 0 0 
Gaston Shoals 4 1 .o 1.0 
Gaston Shoals 5 1 .o 1 .O 
Gaston Shoals 6 0 0 
Gaston Shoals Hydro 2.0 2.0 

LOCATION 

Great Falls, S.C. 
Great Falls, S.C. 
Great Falls, S.C. 
Great Falls, S.C. 
Great Falls, S.C. 

Blacksburg, S.C. 
Blacksburg, S.C. 
Blacksburg, S.C. 
Blacksburg, S.C. 

Station 
Great Falls 
Great Falls 
Great Falls 
Great Falls 
Great Falls 
Great Falls 
Great Falls 
Great Falls 
Great Falls Hydro 

1 3.0 3.0 Great Falls, S.C. 
2 3.0 3.0 Great Falls, S.C. 
3 0 0 Great Falls, S.C. 
4 0 0 Great Falls, S.C. 
5 3.0 3.0 Great Falls, S.C. 
6 3.0 3.0 Great Falls, S.C. 
7 0 0 Great Falls, S.C. 
8 0 0 Great Falls, S.C. 

12.0 12.0 

45 

Station 
Rocky Creek 
Rocky Creek 
Rocky Creek 

PLANT TYPE 

1 0 0 Great Falls, S.C. 
2 0 0 Great Falls, S.C. 
3 0 0 Great Falls, S.C. 

Hvdro 

- 4 
Rocky Creek 5 
Rocky Creek 6 
Rocky Creek 7 
Rocky Creek 8 
Rocky Creek Hydro , 

Hydro 
Hydro 
Hydro 
Hydro 

0 0 Great Falls, S.C. 
0 0 Great Falls, S.C. 
0 0 Great Falls, S.C. 
0 0 Great Falls, S.C. 
0 0 Great Falls, S.C. 

~~ 

0 ,  0 ,  

Hydro 
Hydro 

i HV&O 

Hvdro 

Station 
Wateree 
Wateree 
Wateree 
Wateree 
Wateree 
Wateree Hydro Station 
Wylie 
Wylie 
Wylie 

Hvdro I 

1 17.0 17.0 Ridgeway, S.C. 
2 17.0 17.0 Ridgeway, S.C. 
3 17.0 17.0 Ridgeway, S.C. 
4 17.0 17.0 Ridgeway, S.C. 
5 17.0 17.0 Ridgeway, S.C. 

85.0 85.0 
1 18.0 18.0 Fort Mill, S.C. 
2 18.0 18.0 Fort Mill, S.C. 
3 18.0 18.0 Fort Mill, S.C. 

Hydro 
Hvdro 

4 
Wylie Hydro Station 

Hydro 
Hvdro 

18.0 18.0 Fort Mill, S.C. 
72.0 72.0 

Hydro 
Hydro 
Hydro 
Hydro 
Hydro 
Hydro 

Hydro 

Hydro 
Hvdro 



99 Islands 
99 Islands 
99 Islands 
99 Islands 
99 Islands 
99 Islands 
99 Islands Hydro 
Station 
Keowee 
Keowee 
Keowee Hydro Station 
TOTAL S.C. HYDRO 
TOTAL S.C. 
CAPABILITY 

Table 5.C 
Total Generation Capability 

UNIT SUMMER WINTER LOCATION PLANT TYPE 
CAPACITY CAPACITY 

MW MW 
1 1.6 1.6 Blacksburg, S.C. Hydro 
2 1.6 1.6 Blacksburg, S.C. Hydro 
3 1.6 1.6 Blacksburg, S.C. Hydro 
4 1.6 1.6 Blacksburg, S.C. Hydro 
5 0 0 Blacksburg, S.C. Hydro 
6 0 0 Blacksburg, S.C. Hydro 

6.4 6.4 

I 76.0 76.0 Seneca, S.C. Hydro 
2 76.0 76.0 Seneca, S.C. Hydro 

152.0 152.0 
465.4 MW 465.4 M W  

8,624.8 MW 8,895.6 MW 

I NAME / SUMMER CAPACITY I WINTER CAPACITY 1 
TOTAL DUKE ENERGY CAROLINAS 
GENERATING CAPABILITY 

Mw Mw 
20,868.4 21,642.0 

Note a: Unit information is provided by State, but resources are dispatched on a system-wide basis. 

Note b: Suinmer and winter capability does not take into account reductions due to future environmental 
emission controls. 

Note c: Swmner and winter capability reflects system configuration as of June 22,201 1. 

Note d: Catawba Units 1 and 2 capacity reflects 100% of the station’s capability, and does not factor in the 
North Carolina Municipal Power Agency #l’s (NCMpA#l) decision to sell or utilize its 832 M M r  retained 
ownership in Catawba. 

Note e: The Catawba units’ multiple owners and their effective ownership percentages are: 

CATAWBA OWNER PERCENT OF OWNERSHIP 

North Carolina Electric 30.754% 
Membership Corporation 
(NCEMC) 
NCMPA#I 37.5% 
Piedmont Municipal Power 12.5% 
Agency (PMPA) 

Dulce Energy Carolinas 19.246% 
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Changes to Existing Resources 

Duke Energy Carolinas will adjust the capabilities of its resource mix over the 20-year 
planning horizon. Retirements of generating units, system capacity uprates and derates, 
purchased power contract expirations, and adjustments in EE and DSM capability affect 
the amount of resources Duke Energy Carolinas will need to meet its load obligation. 
Below are the known and/or anticipated changes and their respective impacts on the 
resource mix. 

New Cliflside Pulverized Coal Unit 
In March 2007, Duke Energy Carolinas received a CPCN for the 825 MW Cliffside 6 
unit, which is scheduled to be on line in 2012. As of June 201 1 , the project is over 80% 
complete. 

Bridgewater Hydro Powerhouse Upgrade 
The two existing 1 1.5 MW units at Bridgewater Hydro Station are being replaced by two 
15 MW units and a small 1.5 MW unit to be used to meet continuous release 
requirements, which is scheduled to be available for the summer peak of 2012. 

Jocassee Unit 1 and 2 Runner Upgrades 
This project is completed. Capacity additions reflect a 50 MW capacity uprate at the 
Jocassee pumped storage facility from increased efficiency of the new runners. These 
uprates were included in the 201 1 IRP analysis. 

Buck Combined Cycle Natural Gas Unit 
The Company received the CPCN for this project in June 2008 and received the 
corresponding air permit in October 2008. The 620 MW Buck CC unit is scheduled to be 
operational by the end of 201 1. Construction and commissioning activities are underway 
and the project is currently over 90% complete. 

Dan River Combined Cycle Natural Gas Unit 
The Company received the CPCN for this project concurrently with the CPCN for the 
Buck CC project in June 2008 and received its air permit for this project in August 2009. 
The 620 MW Dan River CC unit is scheduled to be operational by the end of 2012. 
Construction is underway and the project is currently over 50% complete. 

Lee Steam Station Natural Gas Conversion 
Lee Steam Station was originally designed to generate with natural gas or coal as a fuel 
source. Switching fuel sources fiom coal to natural gas could prove to be an economic 
solution to avoid adding costly pollution control equipment or replacing the 370 MW of 
capacity at an alternative site. For planning purposes Lee Steam Station will be retired as 
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a coal station the fourth quarter of 2014 and converted to natural gas by January 1,2015. 
Preliminary engineering has been completed and more detailed project development and 
regulatory efforts will begin in 201 1. 

Generating Units Projected To Be Retired 

Various factors have an impact on decisions to retire existing generating units. These 
factors, including the investment requirements necessary to support ongoing operation of 
generation facilities, are continuously evaluated as future resource needs are considered. 
Table 5.D reflects current assessments of generating units with identified decision dates 
for retirement or major refurbishment. 

There are two requirements related to the retirement of 800 M W s  of older coal units. The 
first, a condition set forth in the NCUC Order in Docket No. E-7, Sub 790, granting a 
CPCN to build Cliffside Unit 6, requires the retirement of the existing Cliffside Units 1-4 
no later than the commercial operation date of the new unit, and retirement of older coal- 
fired generating units (in addition to Cliffside Units 1-4) on a MW-for-MW basis, 
considering the impact on the reliability of the system, to account for actual load 
reductions realized from the new EE and DSM programs up to the MW level added by 
the new Cliffside unit2. The requirement to retire older coal is also set forth in the air 
pennit for the new Cliffside unit, in addition to Cliffside Units 1-4, of 350 M W s  of coal 
generation by 2015, an additional 200 M W s  by 2016, and an additional 250 M W s  by 
2018. If the NCUC determines that the scheduled retirement of any unit identified for 
retirement pursuant to the Plan will have a material adverse impact of the reliability of 
electric generating system, Duke Energy Carolinas may seek modification of this plan. 

Additionally, multiple environmental regulatory issues are presently converging as the 
EPA has proposed new rules to regulate multiple areas relating to generation resources. 
These new rules, if implemented, will increase the need for the installation of additional 
control technology or retirement of coal fired generation in the 2014 to 2018 timeframe. 
Anticipating that there will be increased control requirements, the Carolinas 201 1 IRP 
incorporates a planning assumption that all coal-fired generation that does not have an 
installed SO2 scrubber will be retired by 20 15. 

Table 5.D shows the assumptions used for planning purposes rather than firm 
cornmitments concerning the specific units to be retired andor their exact retirement 
dates. The conditions of the units are evaluated annually and decision dates are revised 
as appropriate. Duke Energy Carolinas will develop orderly retirement plans that 
consider the implementation, evaluation, and achievement of EE goals, system reliability 

NCUC Docket No. E-7, Sub 790 Order Granting CPCN with Conditions, March 21,2007. 
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considerations, long-term generation maintenance and capital spending plans, workforce 
allocations, long-term contracts including fuel supply and contractors, long-term 
transmission planning, and major site retirement activities. 
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Table 5.D 
Projected Unit Retirements 

STATION CAPACITY LOCATION EXPECTED 

Buck 4* 38 Salisbury, N.C. RETIRED 
Buck 3" 75 Salisbury, N.C. RETIRED 
Cliffside 1" 38 Cliffside, N.C. 10/01/2011 
Cliffside 2* 38 Cliffside, N.C. 10/01/2011 
Cliffside 3" 61 Cliffside, N.C. 10/01/2011 
Cliffside 4* 61 Cliffside, N.C. 10/01/2011 
Dan River 1 * 67 Eden, N.C. 4/01 /20 12 
Dan River 2* 67 Eden, N.C. 3/01/2012 
Dan River 3* 142 Eden, N.C. 4/0 1 /20 12 
Buzzard Roost 6C** 22 Chappels, S.C. 6/01/2012 
Buzzard Roost 7C** 22 Chappels, S.C. 6/01/2012 
Buzzard Roost 8C** 22 Chappels, S.C. 6/01/2012 
Buzzard Roost 9C** 22 Chappels, S.C. 6/01/2012 
Buzzard Roost 1OC** 18 Chappels, S.C. 6/01/2012 
Buzzard Roost 1 1 C** 18 Chappels, S.C. 6/01/2012 
Buzzard Roost 12C** 18 Chappels, S.C. 6/01/2012 
Buzzard Roost 13C** 18 Chappels, S.C. 6/01/2012 
Buzzard Roost 14C** 18 Chappels, S.C. 6/01/2012 
Buzzard Roost 15C** 18 Chappels, S.C. 6/01/2012 
Riverbend 8C** 0 Mt. Holly, N.C. 6/01/2012 
Riverbend 9C** 22 Mt. Holly, N.C. 6/01/2012 
Riverbend 1 OC** 22 Mt. Holly, N.C. 6/01/2012 
Riverbend 1 1 C** 20 Mt. Holly, N.C. 6/01/2012 
Buck 7C** 25 Spencer, N.C. 6/0 1 /20 12 
Buck 8C** 25 Spencer, N.C. 6/0 1/20 12 
Buck 9C** 12 Spencer, N.C. 6/0 1/20 12 
Dan River 4C** 0 Eden, N.C. 6/0 1 /20 1 2 
Dan River 5C"" 24 Eden, N.C. 6/0 1/20 12 
Dan River 6C** 24 Eden, N.C. 6/0 1/20 12 
Riverbend 4* 94 Mt. Holly, N.C. 1/01/2015 
Riverbend 5* 94 Mt. Holly, N.C. 1/01/2015 
Riverbend 6*** 133 Mt. Holly, N.C. 1/01/2015 
Riverbend 7*** 133 Mt. Holly, N.C. 1/01/2015 
Buck 5*** 128 Spencer, N.C. 1 /O 1 /20 1 5 
Buck 6 128 Spencer, N.C. 1 /O 1/20 1 5 
Lee I*** 100 Pelzer, S.C. 1 0/0 1/20 14 
Lee 2*** 100 Pelzer, S.C. 1 0/0 1/20 14 
Lee 3*** 170 Pelzer, S.C. lO/O 1/20 14 

IN MW RETIREMENT 
PLANT TYPE 

Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Cornbustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Combustion Turbine 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
Conventional Coal 
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Notes: 

** 

*** 

Retirement assumptions associated with the conditions in the NCUC Order in Docket No. E-7, 
Sub 790, granting a CPCN to build Cliffside Unit 6 .  

The old fleet combustion turbines retirement dates were accelerated in 2009 based on derates, 
availability of replacement parts and the general condition of the remaining units. 

For the 201 1 IRP process, remaining coal units without scrubbers were assumed to be retired by 
2015. Based on the continued increased regulatory scrutiny froin an air, water and waste 
perspective, these units will likely either be required to install additional controls or retire. If final 
regulations or new legislation allows for latitude in the retirement date if a retirement coinmitinent 
is made versus adding controls, the retirement date may be adjusted. 

Fuel Supply 

Duke Energy Carolinas’ current fuel usage consists primarily of coal and uranium. Oil 
and gas are currently used for peaking generation, but natural gas usage will expand 
when the Buck and Dan River Combined Cycle units are brought on-line. 

Coal 
Until the economic downturn in 2008, Duke Energy Carolinas had burned approximately 
19 million tons of coal annually. However, the bum dropped drastically in 2009 before 
recovering somewhat in 2010 to around 15 million tons of coal, a level that is projected 
to be maintained over the next few years. 

The Company primarily procures coal from Central Appalachian (CAPP) coal mines and 
delivered by the Norfolk Southern and CSX Railroads. The Company continually 
assesses coal market conditions to determine the appropriate mix of contract and spot 
market purchases in order to reduce exposure to the risk of price fluctuations. The 
Company also evaluates its diversity of coal supply from sources throughout the United 
States and internationally. 

Although CAPP coal market prices are well below the all-time highs experienced in 
2008, low gas prices have displaced some of the demand for CAPP &om marginal units. 
Projected market prices for CAPP two years out are 20-50% higher than those seen in 
2010, reflecting higher production costs combined with a more balanced supply and 
demand picture. Increasingly strict federal safety regulations and surface mine permit 
requirements in Central Appalachia could result in lower production and corresponding 
higher prices (relative to other coal produced in other basins.) For this reason, the 
Company is exploring means to develop greater supply and transportation flexibility in 
order to minimize the Company’s dependency on CAPP. 
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Natural Gas 
Duke Energy is still feeling the effects of the supply and demand imbalance which began 
during the fall of 2008 as the economy stumbled and new supplies of gas fkom 
unconventional sources came on line. Gas prices tumbled in 2009 to the $4/mmbtu range 
and the NYMEX forward market has continued to trade within a very narrow band over 
the past year as new supplies fkom shale resources continue to outpace the demand 
growth from the recovering industrial sector. This imbalance should start to wane in 
2012, however, as several new factors begin to weigh on the market. 

The first factor is the shift in drilling capital away from dry natural gas toward oil shales 
or gas shales that are rich in natural gas liquids (NGLs). NGLs include ethane, butane, 
propane and natural gasoline, and have various uses. A shift is already being seen in the 
Haynesville and Barnett regions, which were the early “game changers” in this area. 
With oil futures holding steady near $100/barrel and gas futures down in the $4 - 
$6/MMBTU range, the Company has perceived a strategic shift to oil/liquids directed 
drilling. 

The second factor which will add near-term pressure to the market is the recently 
promulgated CSAPR for SO2 and NOx, scheduled to go into effect on Jan 1,2012. Duke 
Energy Carolinas anticipates that CSAPR will push uncontrolled or un-scrubbed coal 
units higher in the dispatch order and further extend the gas displacement of coal; this is 
already occurring in areas where CAPP coal is the primary coal fuel source. 

The third factor is the recovery in the petro-chemical demand for gas. A weak U.S. 
dollar coupled with a huge advantage in feedstock price, domestic gas versus global oil 
priced gas contracts, will lead to sustained growth in industrial gas demand. The size of 
the U.S. natural gas resource base has grown immensely over the past few years, but not 
all of these resources will remain economic at the current market price. Improvements 
are expected in the drilling and completion process of shale resources, and new 
regulations are likely to address a host of environmental concerns like methane migration 
into residential wells, fugitive methane emissions during the drilling process, produced 
water capture, storage and recycling. These issues will lead to technical solutions, but 
likely at a higher cost. 

Nuclear Fuel 
To provide fuel for Duke Energy Carolinas’ nuclear fleet, the Company maintains a 
diversified portfolio of natural uranium and downstream services supply contracts from 
around the world. 
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Requirements for uranium concentrates, conversion services and enrichment services are 
primarily met through a portfolio of long-term supply contracts. The contracts are 
diversified by supplier, country of origin and pricing. In addition, Duke Energy 
Carolinas staggers its contracting so that its portfolio of long-term contracts covers the 
majority of fleet fuel requirements in the near-term and decreasing portions of the fuel 
requirements over time thereafter. By staggering long-term contracts over time, the 
Company’s purchase price for deliveries within a given year consists of a blend of 
contract prices negotiated at many different periods in the markets, which has the effect 
of smoothing out the Company’s exposure to price volatility. Diversifying fuel suppliers 
reduces the Company’s exposure to possible disruptions from any single source of 
supply. 

Due to the technical complexities of changing suppliers of fuel fabrication services, Duke 
Energy Carolinas generally sources these services to a single domestic supplier on a 
plant-by-plant basis using multi-year contracts. 

As fuel with a low cost basis is used and lower-priced legacy contracts are replaced with 
contracts at higher market prices, nuclear fuel expense is expected to increase in the 
future. Although the costs of certain components of nuclear fuel are expected to increase 
in future years, nuclear fuel costs on a kWh basis will likely continue to be a fraction of 
the kWh cost of fossil fuel. Therefore, customers will continue to benefit from the 
Company’s diverse generation mix and the strong performance of its nuclear fleet 
through lower fuel costs than would otherwise result absent the significant contribution of 
nuclear generation to meeting customers’ demands. 

B. RENEWABLE RESOURCES AND RENEWABLE ENERGY 
INITIATIVES 

1. Overview of Planning Assumptions 

Duke Energy Carolinas’ plans regarding renewable energy resources within this IRP 
are based primarily upon the presence of existing renewable energy requirements as 
well as the potential introduction of additional renewable energy requirements in the 
future. 

Regarding existing renewable requirements, the Company is committed to meeting the 
requirements of the North Carolina Renewable Energy and Energy Efficiency Portfolio 
Standard (NC REPS). This is a statutory requirement enacted in 2007 mandating that 
Duke Energy Carolinas supply the equivalent of 12.5% of retail electricity sales in 
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North Carolina from eligible renewable energy resources and/or energy efficiency 
savings by 202 1. 

With respect to potential new renewable energy portfolio standard requirements, the 
Company’s plans in this IRP account for the possibility of future requirements that will 
result in additional renewable resource development beyond the NC REPS 
requirements. Renewable requirements have been adopted in many states across the 
nation, and have also been contemplated as a federal measure and by members of the 
legislature in South Carolina. As such, the Company believes it is reasonable to plan 
for additional renewable requirements within the IRP beyond what presently exists with 
the NC REPS requirements. 

Although there are many potential assumptions that could be made regarding such 
future renewable requirements, the Company has assumed in this IRP that a new 
legislative requirement (imposed by either federal or state level legislati on) would be 
implemented in the future that would result in additional renewable resource 
development in South Carolina. For planning purposes, it is assumed that the 
requirement would be similar in many respects to the NC REPS requirement, but with a 
different implementation schedule. Specifically, the Company has assumed that this 
requirement would have an initial 3% milestone in 2016 and would gradually increase 
to a 12.5% level by 2030. Similar to NC REPS, this assumed legislative requirement 
would incorporate both renewable energy and energy efficiency, as well as a limited 
capability to utilize out of state unbundled purchases of Renewable Energy Certificates 
(REC or RECs). Further, this assumed requirement would have a solar set-aside 
requirement comparable to that in NC REPS, but would not contain any additional set- 
asides such as the poultry waste or swine waste set-aside requirements that are part of 
NC REPS. Finally, no assumptions related to a cost-cap feature that may limit 
development of renewables and ultimate cost to customers were made with this 
assumed legislation, whereas the Company’s projections of renewable resource 
development for NC REPS are governed by the statutory cost caps within the law. 

The Company has assessed the current and potential future costs of renewable and 
traditional technologies and, based on this analysis, the IRP modeling process shows 
that, for the most part, the amount of renewable energy resources that will be developed 
over the planning horizon will be defined by the existing and anticipated statutory 
renewable energy requirements described above. In other words, the IRP modeling 
does not indicate any material quantity of renewable resource development over and 
above the required levels due to lack of cost-effectiveness of these resources. 
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2. Summary of Expected Renewable Resource Capacity Additions 

Based on the planning assumptions noted above regarding current and potential future 
renewable energy requirements, the Company projects that a total of approximately 800 
MW (nameplate) of renewable energy resources will be interconnected to the Duke 
Energy Carolinas system by 2023, with that figure growing to approximately 884 MW 
by the end of the planning horizon in 2031. Actual results could vary substantially, 
with key drivers of different outcomes being future legislative requirements; relative 
costs of various renewable technologies in relation to traditional technologies; and 
various impediments impacting the development of various resources including 
permitting requirements, transmission and interconnection issues, or other matters. 

It should be noted that many renewable technologies are intermittent in nature and that 
they therefore may not be contributing energy or capacity benefits to the Company’s 
load requirements at any particular point in time. The details of the forecasted capacity 
additions, including both nameplate capacity and the expected contribution towards the 
Company’s peak load needs, are summarized in Table 5.E below. 

I I MW Contribution to Summer Peak I I MW Nameplate I 
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3. Changes in Renewable Planning Assumptions Since 2010 

The renewable energy requirements (existing and anticipated) that are assumed in this 
IRP are largely similar to what was assumed in the Company’s 2010 IRP. However, the 
Company’s expectations regarding how those requirements will be met have evolved. 
Changes from the prior year are summarized here. 

As compared to last year’s IRP, the Company has assumed the development and 
interconnection of more wind resources over the planning horizon, along with a 
corresponding reduction in the development of biomass resources. The projected 
increase in wind resources is driven by the Company’s observations that land-based wind 
developers are presently pursuing projects of significant size in North Carolina. The 
Company believes it is reasonable to expect that land-based wind will be developed in 
both North and South Carolina within the planning horizon to a degree that exceeds what 
was expected a year ago. The Company also has observed that opportunities currently 
exist, and may continue to exist, to transmit land-based wind energy resources into the 
Carolinas from other regions, which could supplement the amount of wind that could be 
developed within the Carolinas. 

The Company’s expectations regarding biomass resources are somewhat more modest, 
particularly in the near-term, than a year ago. This reduction in reliance upon biomass is 
in part due to uncertainties around the developable amount of such resources in the 
Carolinas, uncertainties related to the EPA’s various rulemaking proceedings, and the 
projected availability of other forms of renewable resources to offset the needs for 
biomass. Because of the increased contributions from wind, which is an intermittent 
resource, versus biomass, which more closely mirrors a baseload resource, the Company 
has an additional system peak need in 2015. 

In this current IRP, the Company also projects it will utilize more short term contracts 
than was assumed a year ago in the later years of the planning horizon. This is driven by 
a combination of factors, including an assumption that in the outer years of the planning 
horizon (e.g. beyond -2023) there will be a more liquid market where the Company 
could engage in shorter term purchases of qualifying renewable energy or RECs to meet 
its REPS compliance needs. ‘While the characteristics of this more distant portion of the 
planning horizon are difficult to ascertain with confidence, the Company projects that 
shorter term contracts may in fact be a necessity in order to effectively manage 
expenditures in accordance with the NC REPS statutory per-account cost caps, which 
remain fixed after 20 15. 

Through 2023, the Company’s plans are based predominately on resources that are longer 
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term in nature, with a gradual increase in the total amount of renewable resources over 
this time period. Beyond 2023, Duke Energy Carolinas forecasts that it will need 
additional resources to maintain compliance with NC REPS, with at least some of those 
resources being secured under short-term agreements. In this IRP, short-term agreements 
are assumed to come from a combination of unbundled in-state RECs from resources of 
various types, potentially including thermal RECs from Combined Heat and Power 
(CHP) facilities, as well as bundled energy and REC purchases of various resource types. 

4. Further Details on Compliance with NC REPS 

A more detailed discussion of the Company’s plans to comply with the NC REPS 
requirements can be found in the Company’s NC REPS Compliance Plan (Compliance 
Plan), which the Company submits to the NCUC as a separate document within the 
same docket as this IRP. 

Details of that Compliance Plan are not duplicated here, although it is important to note 
that various details of the NC REPS law have impacts on the amount of energy and 
capacity that the Company projects to obtain from renewable resources to help meet the 
Company’s long term resource needs. For instance, NC REPS contains several detailed 
parameters, including technology specific set-aside requirements for solar, swine waste, 
and poultry waste resources; capabilities to utilize EE savings and unbundled REC 
purchases from in-state or out-of-state resources, and RECs derived from thermal (non- 
electrical) energy; and a statutory spending limit to protect customers from cost 
increases stemming from renewable energy procurement or development. Each of 
these features of NC REPS has implications on the amount of renewable energy and 
capacity the Company forecasts to obtain over the planning horizon of this IRP. 
Additional details on NC REPS compliance can be found in the Company’s 
Compliance Plan. 

C. SUPPLY-SIQE RESOURCE SCREENING 

For purposes of the 2011 IRP, the Company considered a diverse range of technology 
choices utilizing a variety of different fuels, including pulverized coal units with and 
without carbon capture sequestration, Integrated Gasification Combined Cycle (IGCC) 
with and without carbon capture sequestration, CTs, CC units, and nuclear units. In 
addition, Duke Energy Carolinas considered renewable technologies such as wind, 
biomass, and solar in this year’s screening analysis. Landfill gas was not included in this 
screening process due to limited availability. However, to the extent that landfill gas is 
available, it is competitive from a cost perspective with conventional baseload 
technologies. 
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For the 201 1 IR.P screening analyses, the Company screened technology types within 
their own respective general categories of baseload, peaking/intermediate, and renewable, 
with the ultimate goal of screening being to pass the best alternatives from each of these 
three categories to the integration process. As in past years, the reason for performing 
these initial screening analyses is to determine the most viable and cost-effective 
resources for further evaluation. This initial screening evaluation is necessary because of 
the size of the problem to be solved and computer execution time limitations of the 
System Optimizer capacity model (described in detail in Chapter 8). 

1. Process Description 

Information Sources 
The cost and performance data for each technology being screened is based on 
research and information from several sources. These sources include, but may 
not be limited to the following: Duke Energy’s New Generation, Emerging 
Technologies, Duke Energy Analytical and Investment Engineering Teams, the 
EPRI Technology Assessment Guide (TAG’), and studies performed by andor 
information gathered from external sources. In addition, fuel and operating cost 
estimates are developed internally by Company personnel, or from other sources 
such as those mentioned above, or a combination of the two. The EPFU 
information along with any information or estimates from external studies are not 
site-specific, but generally reflect the costs and operating parameters for 
installation in the Carolinas. 

Finally, every effort is made to ensure, as much as possible, that the cost and other 
parameters are current and include similar scope across the technology types 
being screened. While this has always been important, keeping cost estimates 
across a variety of technology types consistent in today’s construction material, 
manufactured equipment, and commodity markets, remains very difficult. 

Technical Screening 
The first step in the Company’s supply-side screening process for the IW was a 
technical screening of the technologies to eliminate those that have technical 
limitations, commercial availability issues, or are not feasible in the Duke Energy 
Carolinas service territory. A brief explanation of the technologies excluded at 
this point and the logic for their exclusion follows: 

Geothermal was eliminated because there are no suitable geothermal 
resources in the region to develop into a power generation project. 
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Advanced Battery storage technologies (Lead acid, Li-ion, Sodium Ion, 
Zinc Bromide, Fly wheels, pump storage) remain relatively expensive and 
are generally suitable for small-scale emergency back-up and/or power 
quality applications with short-term duty cycles of three hours or less. In 
addition, the current energy storage capability is generally 100 MWh or 
less. Research, development, and demonstration continue within Duke 
Energy, but this technology is generally not commercially available on a 
larger utility scale. Currently Duke Energy is installing 36 MW advanced 
acid lead batteries at the Notrees wind farm in Texas that is scheduled for 
start-up in 2012. Duke Energy has other storage system test stations at the 
Envision Energy Center in Charlotte, which specifically include 2 
Community Energy Storage (CES) systems of 24 kW. 
Compressed Air Energy Storage (CAES), although demonstrated on a 
utility scale and generally commercially available, is not a widely applied 
technology and remains relatively expensive. The high capital requirements 
for these resources arise from the fact that suitable sites that possess the 
proper geological formations and conditions necessary for the compressed 
air storage reservoir are relatively scarce. 
Small and medium nuclear reactors are generally limited to less than 300 
MW. The NRC has not licensed any smaller nuclear reactor designs at this 
point in time. Several designs including those by General Electric (GE), 
Babcock & Wilcox (B&W) and Westinghouse may seek licensing in 2012 
and 2013. 
Fuel Cells, although originally envisioned as being a competitor for 
combustion turbines and central power plants, are now targeted to mostly 
distributed power generation systems. The size of the distributed 
generation applications ranges from a few kW to tens of MW in the long- 
term. Cost and performance issues have generally limited their application 
to niche markets and/or subsidized installations. While a medium level of 
research and development continues, this technology is not commercially 
available for utility-scale application. 
Poultry waste and hog waste digesters remain relatively expensive and are 
capable of generating 500 - 600 MWh or less annually. Research, 
development, and demonstration continue, but these technologies are 
generally not commercially available on a larger utility scale. The 
Company’s detailed quantitative analysis in this IRP included evaluation of 
purchased power agreements for poultry waste-to-energy facilities due to 
the poultry waste set-aside requirements in the NC REPS. 
Off-shore wind, although demonstrated on a utility scale and commercially 
available, is not a widely applied technology and not easily permittable. 
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This technology remains expensive and has yet to actually be constructed 
anywhere in the United States. Duke Energy Carolinas has collaborated 
with the University North Carolinas to continue studying off-shore wind on 
the Carolinas coastal area. 
Combined cycle G-Class technology has been demonstrated on a utility 
scale and is comparable to the F-Class in terms of efficiency. Its 
development remains limited due to lack of experience. The combined 
cycle G-class technology is larger in size and is designed to operate 
primarily as base load and not suitable for the anticipated cycling 
operation. 

0 

Economic Screening 
In the supply-side screening analysis, the Company used the same fuel prices 
for coal and natural gas, and NOx, SOz, and COZ allowance prices as those 
utilized downstream in the System Optimizer analysis (discussed in Chapter 8). 
The Company derived its biomass fuel price from various vendor fuel and 
delivery prices. The biomass fuel price may vary in the future as more utilities 
begin to use biomass fuel. 

The Company screened all technologies using relative dollar per kilowatt-year 
($/kW-yr) versus capacity factor screening curves. The screening within each 
general class, as well as the final screening across the general classes used a 
spreadsheet-based screening curve model developed by Duke Energy. This 
model is considered proprietary, confidential and competitive information by 
Duke Energy. 

This screening curve analysis model calculates the fixed costs associated with 
owning and maintaining a technology type over its lifetime and computes a 
levelized fixed $/kW-year value. This calculated value represents the cost of 
operating the technology at a zero capacity factor or not at all, Le., the Y- 
intercept on the graph (see the General Appendix for individual graphs). The 
model then calculates the variable costs, such as fuel, variable O&M, and 
emission costs associated with operating the technology at 100% capacity 
factor, or at full load, over its lifetime and the present worth is computed back to 
the start year. This levelized operating $/kW-year is next added to the levelized 
fixed $/kW-year value to arrive at a total owning and operating value at 100% 
utilization in $/kW-year. Then a straight line is drawn connecting the two 
points. This line represents the technology’s “screening curve”. 

The Company repeats this process for each supply technology to be screened 
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resulting in a family of lines (curves). The lower envelope along the curves 
represents the least costly supply options for various capacity factors or unit 
utilizations. Some of the renewable resources that have known limited energy 
output, such as wind and solar, have screening curves limited to their expected 
operating range on the individual graphs. 

Lines that never become part of the lower envelope, or those that become part of 
the lower envelope only at capacity factors outside of their relevant operating 
ranges, have a very low probability of being part of the least cost solution, and 
generally can be eliminated from further analysis. 

2. Screening Results 
The results of the screening within each category are shown in Appendix C. 

The Company passes on those technologies from each of the three general 
categories screened (Baseload, Peaking/Intermediate, and Renewables) which 
were the “best,” i.e., the lowest levelized busbar cost for a given capacity factor 
range within each of these categories, to the quantitative analysis phase for further 
evaluation. 

Duke Energy Carolinas included CC generation in the peaking intermediate 
screening curves for comparison purposes. However, based on the screen results, 
CC generation would also be cost effective as a base load technology. 

The Company’s model selected the following technologies for the quantitative 
analysis: 

e 

e 

e 

e 

e 

e 

e 

e 

e 

e 

Baseload - 800MW Supercritical Pulverized Coal 
Baseload - 630 MW IGCC 
Baseload - 2 x 1,117MW Nuclear units ( M l  000) 
Peaking/Intermediate - 4x204MW CTs (7FA.05) 
Base Load/Intermediate/Peaking - 480 MW Unfired + 125MW Duct 
Fired + 45MW Inlet Evaporative Cooler Natural Gas CC 
Base Load/Intermediate/Peaking - 480 M W  Unfired + 45MW Inlet 
Evaporative Cooler Natural Gas CC 
Renewable - 100 MW Woody Biomass 
Renewable - 150 MW Wind - On-shore 
Renewable - 15 MW Landfill Gas 
Renewable - 25 MW Solar PV 
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3. Unit Size 
The unit sizes selected for planning purposes generally are the largest 
technologies available today because they generally offer lower $/kW installed 
capital costs due to economies of scale. However, the true test of whether a 
resource is economic depends on the economics of an overall resource plan that 
contains that resource (including fuel costs, O&M costs, emission costs, etc.), not 
merely on the $/kW cost. In the case of very large unit sizes such as those utilized 
for the nuclear and/or IGCC technology types, if these are routinely selected as 
part of a least cost plan, joint ownership can and may be evaluated and pursued. 

4. 
Supply-side alternative project scope and estimated costs used for planning 
purposes for conventional technology types, such as simple-cycle CT units and 
CC units, are relatively well known and are estimated in the TAG@ and can be 
obtained from architect and engineering (A&E) firms and/or equipment vendors. 
The Company also uses its experience with the scope and costs for such resources 
to confirm the reasonableness of the estimates. The cost estimates include step-up 
transformers and a substation to connect with the transmission system. Since any 
additional transmission costs would be site-specific and specific sites requiring 
additional transmission are unknown at this time, typical values for additional 
transmission costs were also added to the alternatives. For natural gas units, gas 
pipeline costs were also included in the cost estimates. The unit availability and 
performance of conventional supply-side options is also relatively well known 
and the TAG@, A&E firms and/or equipment vendors are sources of estimates of 
these parameters. 

Cost, Availability, and Performance Uncertainty 

5. Lead Time for Construction 
The estimated construction lead time and the lead time used for modeling 
purposes for the proposed simple-cycle CT units is about two years. For the CC 
units, the estimated lead time is about two to three years. For coal units, the lead 
time is approximately five years. For nuclear units, the lead time is 
approximately five years. However, the time required to obtain regulatory 
approvals and environmental permits adds uncertainty to the process, so Company 
judgment is also incorporated into the analysis as necessary. 

6. 
New energy and technology alternatives will be necessary to ensure a long-term 
sustainable electric future. Duke Energy Carolinas’ research, development, and 
delivery (RD&D) activities enable Duke Energy Carolinas to track new options 
including modular and potentially dispersed generation systems (small and 

RD&D Efforts and Technology Advances 
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medium nuclear reactors), CTs, and advanced fossil technologies. The Company 
places emphasis on providing information, assessment tools, validated 
technology, demonstratioddeployment support, and RD&D investment 
opportunities for planning and implementing projects utilizing new power 
generation technology to assure a strategic advantage in electricity supply and 
delivery. Duke Energy is also a member of EPRI. 

Within the planning horizon of this forecast, Duke Energy Carolinas expects that 
significant advances will continue to be made in CT technology. Advances in 
stationary industrial CT technology should result fiom ongoing research and 
development efforts to improve both commercial and military aircraft engine 
efficiency and power density, as well as expanding research efforts to burn more 
hydrogen-rich fuels. The ability to burn hydrogen-rich fuels will enable very high 
levels of COz removal and shifting in the syngas utilized in IGCC technology, 
thereby enabling a major portion of the advancement necessary for a significant 
reduction in the carbon footprint of this coal-based technology. 

7. Coordination with Other Utilities 
Decisions concerning coordinating the construction and operation of new units 
with other utilities or entities are dependent on a number of factors including the 
size of the unit versus each utility’s capacity requirement and whether the timing 
of the need for facilities is the same. To the extent that units larger than Duke 
Energy Carolina’s requirements become economically viable in a plan, co- 
ownership can be considered at that time. Coordination with other utilities can 
also be achieved through purchases and sales in the bulk power market. 
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D. WHOLESALE AND QF PURCHASED POWER AGREEMENTS 

SUMMER WINTER 
FIRM FIRM 

CAPACITY CAPACITY CONTRACT CONTRACT 
SUPPL,rER CITY STATE (MWJ (MWJ START EXPIRATION 

Catawba County Newton NC 4 4 8/23/1999 8/22/2014 
Concord Energy, LLC Concord NC 9 9 TBD 12/31/2031 
Davidson Gas Producers, LLC Lexington NC 2 2 12/1/2010 12/31/2030 
Gas Recovery System, LLC Concord NC 3 3 2/1/2010 12/31/2030 
Gaston County Dahs NC 4 4 TBD 12/31/2021 
Greenville Gas Producers, LLC Greer sc 3 3 8/1/2008 Ongoing 
Lockhart Power Company Wellford SC 2 2 4/1/2011 12/31/2020 
MP Durham, LLC Durham NC 3 3 9/18/2009 12/31/2029 
Salem Energy System, LLC Winston- NC 4 4 7/10/1996 Ongoing 

WMRE Energy, LLC Kernersville NC 2 2 3/31/2011 12/31/2026 

Maybeny Solar LLC Mt. Any NC 1 0 9/1/2011 8/31/2026 
Solar Green Development, LLC Charlotte NC 1 0 10/1/2011 9/30/2026 
Solar Green Development, LLC MintHill NC 1 0 12/1/2011 11/30/2026 
SunEd DEC 1, LLC Lexington NC 8 0 12/1/2009 12/31/2030 
Other PV Various NC 1 0 Various Ongoing 
Cherokee County Cogeneration Partners, L.P. Gaffney SC 88 95 7/1/1996 6/30/2013 
Northbrook Carolina Hydro, LLC Various NC&SC 6 6 12/4/2006 Ongoing 
Town ofLake Lure LakeLwe NC 3 3 2/21/2006 2/20/2011 
Mise. Small Hydrolother Various Both 6 6 Various Assumed 

Evergreen 
Other Wholesale Various Both 119 119 Various Ongoing, 
Notes: Solar PV Firm Capacity represents 50% contribution to peak 

Salem 

Duke Energy Carolinas is an active participant in the wholesale market for capacity and 
energy. The Company has issued FtFPs for purchased power capacity over the past 
several years, and has entered into purchased power arrangements for over 2,000 MWs 
over the past 10 years. In addition, Duke Energy Carolinas has contracts with a number 
of Qualifying Facilities (QFs). Table 5.F shows both the purchased power capacity 
obtained through RFPs as well as the larger QF agreements. See Appendix I for 
additional information on all purchases from QFs. 

Table 5.F 
Wholesale Purchases & Purchased Power Agreements 
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Summary of Wholesale and OF Purchased Power Commitments 
(as ofJuly 1, 2011) 

SUMMER 1 1 

Non-Utilitv Generation 

WINIER 10/11 

Traditional 
Renewable * 

Duke Energy Carolinas allocation 
of SEPA capacity 

Other- Wholesale 
Total Firm Purchases 
* Renewable includes landfill gas and solar PV 

102 MW 109 MW 
47 MW 36 MW 

37.8 MW 37.8 MW 
81.3 MW 81.3 MW 

268.1 MW 264.1 MW 

Planning Philosophy with Regard to Purchased Power 

Opportunities for the purchase of wholesale power from suppliers and marketers are an 
important resource option for meeting the electricity needs of Duke Energy Carolinas’ 
retail and wholesale customers. Duke Energy Carolinas has been active in the wholesale 
purchased power market since 1996 and during that time has entered into contracts 
totaling 2500 M W s  to meet customer needs. The use of supply side requests for proposal 
(WPs) continues to be an essential component of Duke Energy Carolinas’ resource 
procurement strategy. In particular, the purchased power agreements that the Company 
has entered into have allowed customers to enjoy the benefits of discounted market 
capacity prices and have provided flexibility in meeting target planning reserve margin 
requirements. 

The Company’s approach to resource selection is as follows: 

The IRP process is used to identify the type, size, and timing of the resource need. In 
selecting the optimal resource plan, Duke Energy Carolinas begins with an optimization 
model that selects the resource mix that minimizes the present value of revenue 
requirements (PVRR) for a given set of assumptions. The levelized cost method used for 
generation options serves as a proxy for either self-build or long-term purchased power 
opportunities. From the optimization step, several diverse portfolios of resources are 
selected for further detailed production costing modeling and ultimate selection of a 
resource plan for the IRP. 

Once a resource need is identified, the Company determines the options to satisfy that 
need and determines the near-term and long-term actions necessary to secure the 
resource. The options could include a self-build Duke Energy Carolinas-owned resource, 
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a Duke Energy Carolinas-owned acquired resource (new or existing), or a purchased 
power resource. The Company consistently has issued RFPs for peaking and 
intermediate resource needs. For example, following the identification of peaking and 
intermediate resource needs, the Company issued a RFP in May 2007 for conventional 
intermediate and peaking resource proposals of up to 800 MW beginning in the 2009- 
2010 timeframe and up to 2000 additional MW beginning in the 2013 timeframe. 
Potential bidders could submit bids for purchased power or for the acquisition of existing 
or new facilities. Ten bidders submitted a total of forty-five bids spanning time periods 
of two to thirty years. The bid evaluation considered price, operational flexibility, and 
location benefits. Ultimately, the Company determined that none of the proposed bids 
provided sufficient advantages to offset the multiple benefits of the proposed Buck and 
Dan River CC projects. The consideration of purchased power options was described in 
the Company’s CPCN application for these facilities and addressed in testimony. The 
NCUC issued the CPCNs for the Buck and Dan River CC projects in June 2008. 

The Company also issued a RFP for renewable energy proposals in 2007. This RFP 
process produced proposals for approximately 1,900 megawatts of electricity from 
alternative sources from 26 different companies. The bids included wind, solar, biomass, 
biodiesel, landfill gas, hydro, and biogas projects. The Company entered into PPAs for a 
large solar project and several landfill gas facilities. In addition, the Company continues 
to receive unsolicited proposals for renewable purchased power resources and has entered 
into several PPAs as a result of unsolicited proposals. 

The 2011 IRP plans included approximately 2,890 M W s  of “New CT” capacity, in 
addition to existing and committed resources for the Cliffside Modernization project and 
Buck and Dan River combined cycle projects, as well as Lee Nuclear. The “New CT” 
resources reflect an identified need for peaking capacity that will be refined in future 
IRPs and could be met through new self-build capacity, purchased power, additional 
DSM or any combination of the three. 

Although Duke Energy Carolinas evaluates the competitive wholesale market for peaking 
and intermediate resources, the Company’s purchased power philosophy does not 
currently include soliciting purchased power bids for baseload capacity. Duke Energy 
Carolinas views baseload capacity as fundamentally different from peaking and 
intermediate capacity. Currently, there are two key concerns with relying upon the 
wholesale market for baseload capacity. First, generation outside the control area could 
be subject to interruption due to transmission issues more so than generation within the 
control area. Second, supplier default could jeopardize the ability to provide reliable 
service. The Company therefore believes that Duke Energy Carolinas-owned baseload 
resources are the most reliable means for Duke Energy Carolinas to meet its service 
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obligations in a cost-effective and reliable manner. 

In addition, the Company examines unsolicited bids for purchased power or resource 
acquisitions and is alert to opportunities to purchase power or resources. 
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6. ENVIRONMENTAL COMPLIANCE 

Legislative and Regulatory Issues 

Duke Energy Carolinas, which is subject to the jurisdiction of federal agencies including 
the Federal Energy Regulatory Commission (FERC), EPA, and the NRC, as well as state 
commissions and agencies, is potentially impacted by state and federal legislative and 
regulatory actions. This section provides a high-level description of several issues Duke 
Energy Carolinas is actively monitoring or engaged in that could potentially influence the 
existing generation and choices for new generation. 

Air Quality 

Duke Energy Carolinas is required to comply with numerous state and federal air 
emission regulations such as the current Clean Air Interstate Rule (CAR) NO, and SO2 
cap-and-trade program, and the 2002 North Carolina Clean Smokestacks Act (NC CSA). 

As a result of complying with the NC CSA, Duke Energy Carolinas will reduce SO2 
emissions by approximately 75 percent by 2013 from 2000 levels. The law also required 
additional reductions in NO, emissions in 2007 and 2009, beyond those required by the 
C A R  rule, which Duke Energy Carolinas has achieved. This landmark legislation, which 
was passed by the North Carolina General Assembly in June of 2002, calls for some of 
the lowest state-mandated emission levels in the nation, and was passed with Duke 
Energy Carolinas’ input and support. 

The following Charts 6.A and 6.B show Duke Energy Carolinas’ NO, and SO2 emissions 
reductions to comply with the 2002 NC CSA requirements and actual emission through 
2010. 
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Chart 6.A 
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Chart 6.B 

Duke Energy Carolinas Coal-Fired Plants 
Annual Sulfur Dioxide Emissions (tons) 
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75 % Reduction from 2000 to 2013 attributed to scrubbers 
installed to meet NC Clean Air Legislation. 

Duke Energy Carolinas Coal-Fired Plants 
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Overall reduction of 80% from 1997 to 2009 
attributed to  controls to meet Federal 
Requirements and NC Clean Air Legislation. 

In addition to current programs and regulatory requirements, several new regulations are 
in various stages of implementation and development that will impact operations for 
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Duke Energy Carolinas in the coming years. Some of the major rules include: 

Cross-State Air Pollution Rule -Replacement for Clean Air Interstate Rule (CAIR) 

The EPA finalized its CAIR in May 2005. The CAIR limits total annual and summertime 
NO, emissions and annual SO2 emissions from electric generating facilities across the 
Eastern U.S. through a two-phased cap-and-trade program. Phase 1 began in 2009 for 
NO, and in 2010 for SOz. In July 2008, the U.S. Court of Appeals for the District of 
Columbia (D.C. Circuit) issued its decision in North Carolina v. EPA vacating the CAIR. 
In December 2008, the D.C. Circuit issued a decision remanding the CAIR to the EPA, 
allowing CAIR to remain in effect until EPA develops new regulations. 

In August 2010, EPA published its proposed Transport Rule to replace the CAIR. On 
July 6,  201 1 , EPA issued the final rule, now known as the Cross-State Air Pollution Rule 
(CSAPR). The CSAPR replaces the CAIR and establishes state-level annual SO2 and 
NO, caps that take effect on January 1 , 20 12, and state-level ozone-season NO, caps that 
take effect on May 1 , 2012. The cap levels decline in 2014 in North Carolina, but remain 
constant in South Carolina. The CSAPR allows limited interstate and unlimited intrastate 
allowance trading. The final rule is significantly different from the original proposal. As 
a result, Duke Energy Carolinas has not had adequate time to prepare for these changes. 
Immediate steps are planned to develop strategies to minimize impacts while complying 
with the CSAPR. Duke Energy Carolinas will be particularly challenged to comply with 
annual and ozone season NO, allocations in North Carolina beginning in 2014, as well as 
for both SO2 and NO, in South Carolina beginning in 2012. Additional revisions to the 
CSAPR could be developed by EPA that would incorporate the more stringent ozone and 
particulate matter NAAQS, which are in varying stages of development by the EPA. 

Utility Boiler Maximum Achievable Control Technology (MACT) 

In May 2005, the EPA issued the Clean Air Mercury Rule (CAMR). The rule established 
mercury emission-rate limits for new coal-fired steam generating units, as defined in 
Clean Air Act (CAA) section 11 l(d). It also established a nationwide mercury cap-and- 
trade program covering existing and new coal-fired power units. 

In February 2008, the D.C. Circuit Court of Appeals issued its opinion, vacating the 
CAMR. EPA then began the process of developing a rule to replace the CAMR. The 
replacement rule, the Utility Boiler MACT, will create emission limits for hazardous air 
pollutants (HAPs), including mercury, from coal-fired and oil-fired power plants. Duke 
Energy completed work in 2010 as required for EPA’s Utility MACT Information 
Collection Request (ICR). The ICR required collection of mercury and HAPs 
emissions data from numerous Duke Energy Carolinas facilities for use by EPA in 
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developing the MACT rule. EPA published a proposed MACT rule (now referred to 
by EPA as the “Toxics Rule”) on May 3, 201 1 and expects to finalize it in November 
201 1. As proposed, the Toxics Rule is expected to require compliance with new 
emission limits in early 2015, with possible one-year extensions that a permitting 
authority can grant on a case-by-case basis. While the implications of the MACT rule 
are not fully known at this time, Duke Energy Carolinas is likely to face challenges 
from the rule which could include consideration of retiring certain assets rather than 
installing controls to comply. 

Reciprocating Internal Coinbustion Engine (RICE) Maximuin Achievable Control 
Technology (IMACT) 

EPA also has finalized the Reciprocating Internal Combustion Engine MACT (RICE 
MACT) which had an effective date of May 3, 2010. The RICE MACT requires certain 
existing engines such as those used for power production to retrofit with catalyst beds. 
While the RICE MACT has limited direct impact on the Company’s operations, it does 
impact customers and suppliers of Duke Energy Carolinas and impacts purchasing 
agreements for the overall power supply portfolio. Non-emergency sources are most 
likely to be required to retrofit to comply with RICE standards. Engines used for 
emergency purposes, such as fire pumps and generators have limitations on operations 
and other less stringent requirements under the RICE MACT. These emergency-use 
engines will mostly be impacted with additional maintenance requirements, such as 
inspections, record keeping and periodic maintenance requirements. All engines will 
have to be in compliance by May 3, 2013, with costs to comply occurring in the 201 1- 
2012 timeframe. This has impacted the Company’s expected demand response program 
reductions identified in this IRP. 

National Ambient Air Quality Standards (NAA QS) 

8 Hour Ozone Standard 

In March 2008 EPA revised the 8-hour ozone standard by lowering it from 84 to 75 parts 
per billion (ppb). In September 2009, EPA announced a decision to reconsider the 75 
ppb standard. The decision was in response to a court challenge from environmental 
groups and EPA’s belief that a lower standard was justified. 

EPA issued a proposed rule on January 7, 2010 in which EPA proposed to replace the 
existing standard with a new standard between 60 and 70 ppb. EPA plans to issue a final 
rule in the fall of 2011. The schedule for implementing a new standard is somewhat 
uncertain until EPA finalizes the rule as well as its plans for implementation. It is 
estimated, however, that State Implementation Plans (SIP) could be due by December 
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2014, with possible attainment dates for most areas in the 2018 timeframe. Additional 
controls could be required by the 2018 ozone season. Until the states develop 
implementation plans, only an estimate can be developed of the potential impact to Duke 
Energy Carolina’s generation fleet. A standard in the 60 to 70 ppb range is considered 
very stringent and will likely result in numerous non-attainment area designations. 

SO, Standards 

In November 2009, EPA proposed a rule to replace the 24-hour and annual primary SO2 
NAAQS with a 1-hour SO2 standard. EPA finalized its new 1-hr standard of 75 ppb in 
June 2010. EPA will have 2 years (June 2012) to designate areas relative to their 
attainment status with the new standard. States with non-attainment areas will have until 
the January 2014 to submit their SIPS. Initial attainment dates are expected to be the 
summer of 2017. EPA has not yet indicated when any required controls might need to be 
in place, but is expected by late-2016. EPA will base its nonattainment designations on 
monitored air quality data as well as on dispersion modeling. All power plants will be 
modeled by the NC and SC Department of Air Quality and are therefore potential targets 
for additional SO2 reductions, even if there is no monitored exceedance of the standard. 
In addition, EPA is proposing to require states to relocate some existing monitors and to 
add some new monitors. Although these monitors will not be used by EPA to make the 
initial nonattainment designations, they will play a role in identifling possible future 
nonattainment areas. 

Particulate Matter (PM) Standard 

On September 21, 2006, the EPA announced its decision to revise the PM2.5 NAAQS 
standard. The daily standard was reduced from 65 ug/m3 (micrograms per cubic meter) 
to 35 ug/m3. The annual standard remained at 15 ug/m3. 

EPA finalized designations for the 2006 daily standard in October 2009, which did not 
include any nonattainment areas in the Duke Energy Carolinas service territory. On 
February 24,2009, the D.C Circuit unanimously remanded to EPA the Agency’s decision 
to retain the annual 15 ug/m3 primary PM2.5 NAAQS and to equate the secondary PM2.5 
NAAQS with the primary NAAQS. EPA must now undertake new rulemaking to revise 
the standards consistent with the Court’s decision. EPA’s current timeline indicates that 
it will propose a PM2.5 rule in fall 201 1 and possibly finalize a rule around mid-2012. 
The likely outcome of EPA’s ongoing review will be a tightening of the primary daily 
and annual PM2.5 NAAQS along with the creation of a separate secondary PM2.5 
NAAQS. The current annual and daily PM2.5 standards alone are not driving any 
emission reductions at Duke Energy Carolinas facilities. The reduction in SO2 and NO, 
emissions to address the current annual standard are being addressed through CAR. 
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Reductions to address the current daily standard will be addressed as part of the CSAPR 
that EPA developed to replace C A R  (the CSAPR will continue to address reductions 
needed for the current annual standard). 

Greenhouse Gas Regulation 

The EPA has been active in the regulation of greenhouse gases (GHGs). In May 2010, 
the EPA finalized what is commonly referred to as the Tailoring Rule, which sets the 
emission thresholds to 75,000 tondyear of COz for determining when a source is 
potentially subject to Prevention of Significant Deterioration (PSD) permitting for GHGs. 
The Tailoring Rule went into effect beginning January 2, 2011. Being subject to PSD 
permitting requirements for COz will require a Best Available Control Technology 
(BACT) analysis and the application of BACT for GHGs. BACT will be determined by 
the state permitting authority. Since it is not known if, or when, a Duke Energy Carolinas 
generating unit might undertake a modification that triggers PSD permitting requirements 
for GHGs and exactly what might constitute BACT at a particular point in time, the 
potential implications of this regulatory requirement are presently unknown. 

In early 20 1 1 , EPA entered into a settlement agreement to issue New Source Performance 
Standards for GHG emissions from new and modified fossil fueled electric generating 
units (EGUs) and emission guidelines for existing EGUs. The agreement calls for 
regulations to be proposed by September 30,201 1 and to be finalized by 2012. 

It is currently not known if or when any federal climate change legislation limiting GHG 
emissions might be enacted. 

Water Quality and By-product Issues 

CWA 31 6(b) Cooling Water Intake Structures 

Federal regulations in Section 316(b) of the Clean Water Act may necessitate cooling 
water intake modifications andor cooling towers for existing facilities to minimize 
impingement and entrainment of aquatic organisms. All Duke Energy Carolina’s coal 
and nuclear generating stations are potentially affected sources under that rule. 

EPA issued a proposed rule on April 20, 2011 and expects to finalize the rule in July 
201 2. Depending upon a station’s National Pollutant Discharge Elimination System 
(NPDES) permit renewal schedule, compliance with the rule could begin as early as mid- 
2015. 
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EPA’s proposed rule lists four options with a preference for one option. The preferred 
option impacts all facilities with a design intake flow greater than 2 million gallons per 
day (mgd). In order to meet fish impingement standards, intake screen modifications are 
likely to be needed for nearly all plant intakes. EPA has not mandated the use of cooling 
towers as “Best Technology Available” to address entrainment requirements. However, 
site specific studies are proposed by the rule in order to address best technology options 
for complying with the entrainment requirements. These studies could begin as early as 
2013. 

Steam Electric Effluent Guidelines 

In September 2009, EPA announced plans to revise the steam electric effluent guidelines. 
In order to assist with development of the revised regulation, EPA issued an Information 
Collection Request (ICR) to gather information and data from nearly all steam-electric 
generating facilities. The ICR was completed and submitted to EPA in October 2010. 
The regulation is to be technology-based, in that limits are based on the capability of 
technology. The primary focus of the revised regulation is on coal-fired generation, thus 
the major areas likely to be impacted are FGD wastewater treatment systems and ash 
handling systems. The EPA may set limits that dictate certain FGD wastewater treatment 
technologies for the industry and may require dry ash handling systems be installed. 
Following review of the ICR data, EPA plans to issue a draft rule in July 2012 and a final 
rule in January 2014. After the final rulemaking, effluent guideline requirements will be 
included in a station’s NPDES permit renewals. Thus, requirements to comply with 
NPDES permit conditions may begin as early as 2017 for some facilities. The length of 
time allowed to comply will be determined through the permit renewal process. 

Coal Combustion Residuals 

Following Tennessee Valley Authority’s Kingston ash dike failure in December 2008, 
EPA began an effort to assess the integrity of ash dikes nationwide and to begin 
developing a rule to manage coal combustion residuals (CCRs). CCRs include fly ash, 
bottom ash and FGD byproducts (gypsum). Since the 2008 dike failure, numerous ash 
dike inspections have been completed by EPA and an enormous amount of input has been 
received by EPA, as it developed proposed regulations. 

In June 2010, EPA issued its proposed rule regarding CCRs. The proposed rule offers 
two options: (1) a hazardous waste classification under Resource Conservation and 
Recovery Act (RCRA) Subtitle C; and (2) a non-hazardous waste classification under 
RCRA Subtitle D, along with dam safety and alternative rules. Both options would 
require strict new requirements regarding the handling, disposal and potential re-use 
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ability of CCRs. The proposal could result in more conversions to dry handling of ash, 
more landfills, closure of existing ash ponds and the addition of new wastewater 
treatment systems. EPA’s 
regulatory classification of CCRs as hazardous or non-hazardous will be critical in 
developing plans for handling CCRs in the future. The impact to Duke Energy Carolinas 
of this regulation as proposed is still being assessed. The schedule for compliance will 
depend upon when EPA finalizes a rule and the rule requirements. 

Final regulations are not expected until 2012 or 2013. 
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7. TRANSMISSION AND DISTRIBUTION 

A. Transmission System Adequacy 

Duke Energy Carolinas monitors the adequacy and reliability of its transmission system 
and interconnections through internal analysis and participation in regional reliability 
groups. Internal transmission planning looks 10 years ahead at available generating 
resources and projected load to identify transmission system upgrade and expansion 
requirements. Corrective actions are planned and implemented in advance to ensure 
continued cost-effective and high-quality service. The Duke Energy Carolinas’ 
transmission model is incorporated into models used by regional reliability groups in 
developing plans to maintain interconnected transmission system reliability. 

The Company monitors transmission system reliability by evaluating changes in load, 
generating capacity, transactions and topography. A detailed annual screening ensures 
compliance with Duke Energy Carolinas’ Transmission Planning Guidelines for voltage 
and thermal loading. The annual screening uses methods that comply with SERC policy 
and NERC Reliability Standards and the screening results identify the need for future 
transmission system expansion and upgrades and are used as inputs into the Duke Energy 
Carolinas - Power Delivery optimization process. The Power Delivery optimization 
process evaluates problem-solution alternatives and their respective priority, scope, cost, 
and timing. The optimization process enables Power Delivery to produce a multi-year 
work plan and budget to fund a portfolio of projects which provides the greatest benefit 
for the dollars invested. 

Duke Energy Carolinas currently evaluates all transmission reservation requests for 
impact on transfer capability, as well as compliance with the Company’s Transmission 
Planning Guidelines and the FERC Open Access Transmission Tariff (OATT). The 
Company performs studies to ensure transfer capability is acceptable to meet reliability 
needs and customers’ expected use of the transmission system. The Power Delivery 
optimization process is also used to manage projects for improvement of transfer 
capability. 

The SERC audits Duke Energy Carolinas every three years for compliance with NERC 
Reliability Standards. Specifically, the audit requires Duke Energy Carolinas to 
demonstrate that its transmission planning practices meet NERC standards and to provide 
data supporting the Company’s annual compliance filing certifications. SERC completed 
a full audit in April 2008 and also completed a “spot check” audit of selected standards in 
August 2009. Duke Energy Carolinas was found compliant in all areas of the audit. 
SERC also conducted a full audit in May 201 1. The 201 1 audit results are not yet 
publically available. 
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Duke Energy Carolinas participates in a number of regional reliability groups to 
coordinate analysis of regional, sub-regional and inter-control area transfer capability and 
interconnection reliability. The reliability groups’ purpose is to: 

0 Assess the interconnected system’s capability to handle large fm and non-firm 
transactions for purposes of economic access to resources and system reliability; 
Ensure that planned future transmission system improvements do not adversely 
affect neighboring systems; and 
Ensure the interconnected system’s compliance with NERC Reliability Standards. 

0 

e 

Regional reliability groups evaluate transfer capability and compliance with NERC 
Reliability Standards for the upcoming peak season and five- and ten-year periods. The 
groups also perform computer simulation tests for high transfer levels to verify 
satisfactory transfer capability. 

B. Transmission System Emerging Issues 

Looking forward, several items that have the potential to impact the planning of the Duke 
Energy Carolinas Transmission System include: 

0 Industry-approved revisions to the NERC Reliability Standards for 
transmission planning standards that are awaiting FERC approval. 

0 The FERC Final Order on Transmission Planning and Cost Allocation by 
Transmission Owning and Operating Public Utilities, issued in July 201 1 
under Docket No. RM10-23-000. 

e Increased interest in the integration of variable renewable resources (e.g., 
wind) into the grid. The North Carolina Transmission Planning Collaborative 
and the DOE-funded Southeastern Offshore Wind Energy Infrastructure 
Project are performing studies in 2011 to assess the transmission impacts of 
significant off-shore wind development along the Southeast coast including 
North Carolina. 

e The Eastern Interconnection Planning Collaborative (EIPC), which is a 
transmission study process that began in late 2009. The EIPC provides: 
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1. A mechanism to aggregate existing regional transmission plans in the 
Eastern Interconnection and assess them on an Eastern Interconnection 
wide basis; and 

2. A framework to be able to perform technical analyses to inform state and 
federal government representatives and policy makers on important issues, 
such as future renewable resources and their impact on transmission 
infrastructure. 

As of late July 2011, the E P C  is awaiting determination by its Stakeholder 
Steering Committee (SSC) of the three future scenarios they will request 
receive detailed analysis by the EIPC powerflow study group. The detailed 
analysis will determine the future transmission infrastructure required to 
support each of the three resource scenarios selected by the SSC. 

0 Duke Energy and Progress Energy are working towards a merger of the 
corporations and are targeting a closing by the end of 2011. The 
organizational structure and processes related to transmission planning in 
North Carolina are being discussed and evaluated by the management of the 
two companies. 
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8. SELECTION AND IMPLEMENTATION OF THE PLAN 

A. RESOURCE NEEDS ASSESSMENT (FUTURE STATE) 

To meet the future needs of Duke Energy Carolinas’ customers, it is necessary for the 
Company to adequately understand the load and resource balance. For each year of the 
planning horizon, Duke Energy Carolinas develops a load forecast of energy sales and 
peak demand. To determine total resources needed, the Company considers the load 
obligation plus a 17 percent target planning reserve margin (see Reserve Margin 
discussion below). The capability of existing resources, including generating units, 
energy efficiency and demand-side management programs, and purchased power 
contracts, is measured against the total resource need. Any deficit in future years will be 
met by a mix of additional resources that reliably and cost-effectively meets the load 
obligation. 

Reserve Margin Explanation and Justification 

Reserve margins are necessary to help ensure the availability of adequate resources to 
meet load obligations due to consideration of customer demand uncertainty, unit outages, 
transmission constraints, and weather extremes. Many factors have an impact on the 
appropriate levels of reserves, including existing generation performance, lead times 
needed to acquire or develop new resources, and product availability in the purchased 
power market. 

Duke Energy Carolinas’ historical experience has shown that a 17 percent target planning 
reserve margin is sufficient to provide reliable power supplies, based on the prevailing 
expectations of reasonable lead times for the development of new generation, siting of 
transmission facilities, and procurement of purchased capacity. As part of the 
Company’s process for determining its target planning reserve margins, Duke Energy 
Carolinas reviews whether the current target planning reserve margin is adequate in the 
prior period. From July 2006 through June 2011, generating reserves, defined as 
available Duke Energy Carolinas generation capacity plus the net of firm purchases less 
sales, never dropped below 450 MW.  However, on June 1, 2011, the Company’s 
generating reserves dropped to approximately 500 M W s  due to above-normal 
temperatures and forced outages on several units. Since 1997, Duke Energy Carolinas 
has had sufficient reserves to meet customer load reliably with limited need for activation 
of interruptible programs. However, on June 1,201 1, 535 MWs of DSM were activated. 
The DSM Activation History in Appendix D illustrates Duke Energy Carolinas’ limited 
activation of interruptible programs through June 20 1 1. 
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Duke Energy Carolinas also continually reviews its generating system capability, level of 
potential DSM activations, scheduled maintenance, environmental retrofit equipment and 
environmental compliance requirements, purchased power availability, and transmission 
capability to assess its capability to reliably meet customer demand. There are a number 
of increased risks that need to be considered with regard to Duke Energy Carolinas’ 
reserve margin target. These risks include: (1) the increasing age of existing units on the 
system; (2) the inclusion of a significant amount of renewables (which are generally less 
available than traditional supply-side resources) in the plan due to the enactment of the 
NC WPS;  (3) uncertainty regarding the impacts associated with significant increases in 
the Company’s energy efficiency and demand-side management programs; (4) longer 
lead times for building baseload capacity such as nuclear; (5) increasing environmental 
pressures, which may cause additional unit derates and/or unit retirements; and (6) 
increases in derates of units due to extreme hot weather and drought conditions. Each of 
these risks would negatively impact the resources available to provide reliable service to 
customers. Duke Energy Carolinas will continue to monitor these risks in the kture and 
make any necessary adjustments to the reserve margin target in future plans. 

Duke Energy Carolinas also assesses its reserve margins on a short-term basis to 
determine whether to pursue additional capacity in the short-term power market. As each 
peak demand season approaches, the Company has a greater level of certainty regarding 
the customer load forecast and total system capability, due to greater knowledge of near- 
term weather conditions and generation unit availability. 

Duke Energy Carolinas uses adjusted system capacity3, along with Interruptible DSM 
capability to satisfy Duke Energy Carolinas’ NBRC Reliability Standards requirements 
for operating and contingency reserves. Contingencies include events such as higher than 
expected unavailability of generating units, increased customer load due to extreme 
weather conditions, and loss of generating capacity because of extreme weather 
conditions such as the severe drought conditions in 2007. 

Upon the completion of the merger between Duke Energy and Progress Energy, the 
combined system reserve margin will be comprehensively reviewed to determine if the 
reserve margin needs to be adjusted. 

Adjusted system capacity is calculated by adding the expected capacity of each generating unit plus firm 
purchased power capacity. 
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Load and Resource Balance 

The following chart shows the existing resources and resource requirements needed to 
meet the Company’s load obligation, plus the 17 percent target planning reserve margin. 
Beginning in 201 1 , existing resources, consisting of existing generation and purchased 
power to meet load requirements, total 20,777 MW. The load obligation plus the target 
planning reserve margin is 20,547 MW, indicating sufficient resources to meet Duke 
Energy Carolinas’ obligation. The need for additional capacity grows over time due to 
load growth, unit capacity adjustments, unit retirements, and expirations of purchased- 
power contracts. The need grows to approximately 3,090 MW by 2020 and to 7,030 MW 
by 203 1. Assumptions made in the development of this chart include: 

1. 

2. 

3. 
4. 
5.  
6. 

7. 

Cliffside Unit 6 is built by the summer of 2012 and therefore included in 
Resource Commitments; 
Coal retirements associated with the Cliffside Unit 6 CPCN and Air Permit, Buck 
Units 5&6, and Lee Steam Station are included; 
Retirement of the old fleet combustion turbines; 
Conservation programs associated with the save-a-watt program are included; 
DSM programs associated with the save-a-watt program are included; 
BucWDan River combined cycle facilities are included in Resource 
Commitments; 
Renewable capacity is built or purchased to meet the NC REPS 
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Chart 8.A 
Load and Resource Balance 
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B. OVERALL PLANNING PROCESS CONCLUSIONS 

Duke Energy Carolinas’ resource planning process provides a framework for the 
Company to access, analyze and implement a cost-effective approach to reliably meet 
customers’ growing energy needs. In addition to assessing qualitative factors, the 
Company has also conducted a quantitative assessment using simulation models. 

Duke Energy Carolinas tested a variety of sensitivities and scenarios against a base set of 
inputs for various resource mixes, allowing the Company to better understand how 
potentially different future operating environments due to fuel commodity price changes, 
environmental emission mandates, and structural regulatory requirements can affect 
resource choices, and, ultimately, the cost of electricity to customers. (Appendix A 
provides a detailed description and results of the quantitative analyses). 

The results of the Company’s quantitative analyses suggest that a combination of 
additional baseload, intermediate and peaking generation, renewable resources, EE, and 
DSM programs is required over the next twenty years to meet customer demand reliably 
and cost-effectively. 

The new pulverized coal unit at Cliffside Steam Station (Unit 6) is assumed to be in 
service in 2012, annually providing 5,700 G W  of baseload energy. Project 
implementation is underway for the new CC facilities at Buck and Dan River, with the 
facilities assumed to be operational in late 201 1 and late 2012, respectively. In addition, 
Duke Energy Carolinas has included DSM, EE and renewable resources consistent with 
the Company’s energy efficiency plan approved in North and South Carolina and to meet 
the NC REPS. For planning purposes, approximately 5% of retail sales in South Carolina 
would come from renewable energy, in addition to the energy efficiency programs, 
phased in from 2015 to 2031. The Company’s analysis for the 2010 IRP demonstrated 
that approximately 200 Mvirs of nuclear uprates were cost effective and specific projects 
are being developed to be implemented in the 201 1-2019 timeframe. For planning 
purposes, Lee Steam Station will be retired from coal fired generation and converted to 
natural gas generation in 2015. The increase in the peak generation need in 2015 is 
primarily due to increased load projections, updated assumptions regarding the energy 
impacts of CFLs and lower projected capacity impacts from DSM programs, as well as 
changes in the projected compliance portfolio relating to the NC REPS. 

The Company’s analysis of new nuclear capacity contained in the 2011 IRP focuses on 
the impact of various uncertainties such as load variations, nuclear capital costs, 
greenhouse gas and clean energy legislation, EPA regulations, fuel prices, and the 
availability of financing options such as federal loan guarantees (FLG). 
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The IRP analysis included sensitivities on each of the uncertainties described below: 

Load Variations: The base case load forecast incorporates the impact of the current 
recession, projected EE achievements, demand destruction associated with the 
implementation of carbon legislation, new wholesale sales opportunities, and the impact 
associated with future plug-in hybrid vehicles. The Company also developed high and 
low load forecast sensitivities to reflect a 95% confidence interval. 

Nuclear Capital Costs: The Company varied the nuclear capital cost on the low end to 
reflect the impact of minimal project contingency and varied on the high side to reflect 
increased labor and material cost. 

Greenhouse Gas Legislation: The 201 1 fundamental C02 allowance price forecast was 
lower primarily due to uncertainty of Congress to pass legislation. For the 201 1 IRP, the 
Company evaluated a range of C02 prices based on various legislative cap and trade 
proposals used in 2009 and 2010 IRPs, in addition to potential Clean Energy legislation 
that does not have a C02 cap and trade mechanism, but relies upon a federal RPS. 

Fuel Prices: The base case natural gas and coal price projections were based on Duke 
Energy’s fundamental price forecasts, which are updated annually. The Company also 
evaluated a high cost fuel scenario, which reflects the impact of increased demand on 
natural gas and regulatory challenges to the coal mining industry. The lower cost fuel 
scenario represents a larger supply of domestic natural gas than currently assumed and a 
lower demand on coal. 

Nuclear Financing Options: The nuclear cost referenced as “traditional financing” in 
the 2011 IRP includes state incentives, local incentives, and the ability to recover 
construction financing cost prior to commercial operation. Duke Energy Carolinas 
continues to believe that legislation allowing for timely collection of financing cost 
outside a general rate case during construction (nuclear financing legislation) is critical to 
the development of new nuclear plants. The Company plans to pursue nuclear financing 
legislation in the 2012 NC legislative session. Duke Energy Carolinas believes this 
legislation is important to demonstrate support for new nuclear development, and to 
allow utilities investing in new nuclear construction to maintain the strength of their 
respective balance sheets during construction to the benefit of their customers. 

The nuclear cost referenced as “favorable financing” includes FLGs. The Company 
evaluated these credits as sensitivities because Duke Energy Carolinas’ proposed Lee 
Nuclear Station does not currently qualify for these incentives. However, it is important 
to continue to include these benefits as sensitivities because it demonstrates how much 
expansion of these programs could lower the ultimate costs to customers, should the 
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project qualify. There is federal legislative support for expanding these programs in the 
future. 

Results 

The results of the Company’s quantitative and qualitative analyses suggest that a 
combination of additional baseload, intermediate, and peaking generation, renewable 
resources, and EE and DSM programs are required over the next 20 years. The near-term 
resource needs can be met, in part, with new EE and DSM programs, completing 
construction of the Buck, Dan River, and Cliffside Projects, completion of various fossil 
and hydro unit uprates, as well as pursuing nuclear uprates and renewable resources. 
However, additional resources will be needed as early as 2015 due to increased load 
projections, updated assumptions regarding the energy impacts of CFLs, lower projected 
capacity impacts from DSM programs, and changes in the projected renewable 
compliance portfolio. The Company’s analysis continues to affirm the potential benefits 
of new nuclear capacity in the 2020 timeframe in a carbon-constrained future. The 
Company expects to receive the COL for the Lee Nuclear Station project in early 2013 
and will make a final decision on the construction of the project based on the market 
conditions at that time, including the status of nuclear financing legislation in North 
Carolina. 

To demonstrate that the Company is planning adequately for customers, the Company 
selected a portfolio incorporating the impact of future carbon legislation for the purposes 
of preparing the Load, Capacity, and Reserve Margin Table (LCR Table). 

This portfolio consisted of 2,890 MW4 of new natural gas simple cycle capacity, 1,300 
MW of CC capacity, 2,234 MW of new nuclear capacity, 987 MW of DSM, 727 MW of 
EE, and 484 MW of renewable resources. The selected portfolio specifically includes the 
Cliffside Unit 6 ,  Buck CC, and Dan River CC projects. 

However, the Company will likely face significant challenges relating to its resource 
planning in the future, such as specific challenges in (1) obtaining the necessary 
regulatory approvals to implement future demand-side, EE, and supply-side resources, 
(2) finding sufficient cost-effective, reliable renewable resources to meet the standard, (3) 
effectively integrating renewables into the resource mix, and (4) ensuring sufficient 
transmission capability for these resources. In light of the myriad of qualitative issues 
facing the Company relating to its fuel diversity, the Company’s environmental profile, 
the stage of technology deployment and regional economic development, Duke Energy 
Carolinas has developed a strategy to ensure that the Company can meet customers’ 

The ultimate sizes of any generating unit may change somewhat depending on the vendor selected. 
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energy needs reliably and economically while maintaining flexibility pertaining to long- 
term resource decisions. 

On July 12, 201 1, the NRC task force on the Japanese Fukishima Dai-ichi event noted it 
had not identified any issues that undermine confidence in the continued safety and 
emergency planning of U.S. nuclear plants. The task force review is ongoing and is 
likely to result in additional actions to enhance safety and preparedness of the U.S. 
nuclear fleet. The nuclear industry will ensure an exhaustive review of the events in 
Japan is completed and all possible lessons learned are applied to further improve nuclear 
safety. At this time, no significant impacts on new nuclear plant licensing are anticipated 
as a result of the events in Japan. 

The Oconee Nuclear Station’s (Oconee) current operating license expires in 2033, which 
is close to the end of our current LRP planning horizon. At this time, the Company has 
not made a decision concerning a second license extension for this plant. Oconee is a 
significant part of our generation portfolio representing over 2,500 MUT of capacity and 
annual energy output of approximately 20,000 GWHrs. As such, it is important to start to 
examine the impacts of any potential retirement of Oconee to help the Company as it 
considers a second license extension, as well as incorporate these impacts into the 
resource planning process. 

The planning process must be dynamic and adaptable to changing conditions. While this 
plan is the most appropriate resource plan at this point in time, good business practice 
requires Duke Energy Carolinas to continue to study the options, and make adjustments 
as necessary and practical to reflect improved information and changing circumstances. 
Consequently, a good business planning analysis is truly an evolving process that can 
never be considered complete. 

The seasonal projections of load, capacity, and reserves of the selected plan are provided 
in Table 8.A. 
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Assumptions of Load, Capacity, and Reserves Table 
The following notes are numbered to match the line numbers on the Summer and Winter Projections of Load, 
Capacity, and Reserves tables. All values are MW except where shown as a Percent. 

1. Planning is done for the peak demand for the Duke System including Nantahala. Nantahala became a 
division of Duke Energy Carolinas in 1998. 

4. Generating Capacity must be online by June 1 to be included in the available capacityfor the summer 
peak of that year. Capacity must be online by Dec 1 to be included in the available capacityfor the winter peak 
ofthat year. Includes 91 MW Nantahala hydro capacity, and total capacity for Catawba Nuclear Station less 
832 MW to account for NCMPAI firm capacity sale. 

5. CapacityAdditions reflect an 8.75 MW increase in capacityat Bridgewater Hydro by summer 2012. 
Capacity Additions include Duke Energy Carolinas projects that have been approved by the NCUC (Cliffside 6, 

Capacity Additions include the conversion of Lee Steam Station from coal to natural gas in 201 5. 
Capacity Additions include Duke Energy Carolinas hydro units scheduled to be repaired and returned to service. These units are 
returned to service in the 201 1-2017 timeframe and total 34 MW. 
Also included is a 204 MW capacity increase due to nuclear uprates at Catawba, McGuire, and Oconee. 

Buck and Dan River Combined Cycle facilities). 

Timing of these uprates is shown from 2012-201 9 

6. No more Capacity Derates for existing units are expected at this time. 

7. Buck units 3-4 (1 13 MW) were retired during the summer of 201 1. 
The 824 MW capacity retirement in summer 2012 represents the projected retirement date for Dan River Steam Station 

The 1080 MW capacity retirement in summer 2015 represents the projected retirement date for Lee Steam Station (370 MW), 

The NRC has issued renewed energy facility operating licenses for all Duke Energy Carolinas' nuclear facilities. 
The Hydro facilities for which Duke has submitted an application to FERC for licence renewal are assumed to 

Ail retirement dates are subject to review on an ongoing basis. 

units 1-3 (276 MW), Cliffside Steam Station units 1-4 (198 MW), and 350 MWs ofoid Reet CTretirements. 

Buck Steam Station units 5 and 6 (256 MW) and Riverbend Steam Station units 4-7 (454 MW). 

continue operation through the planning horizon. 

9. Cumulative Purchase Contracts have several components: 

A. Piedmont Municipal Power Agency took sole responsibilityfor total load requirements 
beginning January 1,2006. This reduces the SEPA allocation from 94 MW to 19 MW in 2006, which is attributed to 
certain wholesale customers who continue to be served by Duke. 

which began in June 1998 and expires June 201 3 and miscellaneous other QF projects totaling 36 MW. 
8. Purchased capacity from PURPA Qualifying Facilities includes the 88 MW Cherokee County Cogeneration Partners contract 

10-1 1. A firm wholesale backstand agreement up to 277 MW between Duke Energy Carolinas and PMPA starts on 1/1/2014 and 
continues through the end of 2020. 

12. Cumulative Future Resource Additions represent a combination of new capacity resources or capability increases 
from the most robust plan. 

15. Reserve Margin = (Cumulative Capacity-System Peak Demand)/Systern Peak Demand 

16. Capacity Margin = (Cumulative Capacity - System Peak Demand)/Cumulative Capacity 

17. The Cumulative Demand Side Management capacity includes new Demand Side Management capacity 
representing placeholders for demand response and energy efficiency programs. 
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The charts in Chart 8.B and 8.C show the changes in Duke Energy Carolinas' capacity 
mix and energy mix between 2012 and 2031. The relative shares of renewables, energy 
efficiency, and gas all increase, while the relative share of coal decreases. 

Chart 8.B 
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Chart 8.C 
nnual Capacity Projection 2011 through 2031 
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Table 8 .D below represents the annual non-renewable incremental additions reflected in 
the LCR Table of the most robust expansion plan. The plan contains the addition of 
Cliffside Unit 6 in 2012, the unit retirements shown in Table 5.D and the impact of EE 
and DSM programs. 

Table 8.D 
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The details of the forecasted capacity additions, including both nameplate capacity and 
the expected contribution of renewable resources towards the Company’s peak load 
needs, are summarized in Table 8.E below. 

Table 8.E Expected Renewable Resource Capacity Additions 
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APPENDIX A: QUANTITATIVE ANALYSIS 

This appendix provides an overview of the Company’s quantitative analysis of resource 
options available to meet customers’ future energy needs. 

Overview of Analytical Process 

Assess Resource Needs 

Duke Energy Carolinas estimates the required load and generation resource balance 
needed to meet futwre customer demands by assessing: 

e Customer load forecast peak and energy - identifying future customer aggregate 
demands to identify system peak demands and developing the corresponding energy 
load shape 
Existing supply-side resources - sumrnarizing each existing generation resource’s 
operating characteristics including unit capability, potential operational constraints, 
and life expectancy 

8 Operating parameters - determining operational requirements including target 
planning reserve margins and other regulatory considerations. 

8 

Customer load growth coupled with the expiration of purchased power contracts, lower 
demand response, and renewable compliance assumptions, results in significant resource 
needs to meet energy and peak demands, based on the following assumptions: 

1.8% average summer peak system demand growth over the next 20 years without 
impacts of new energy efficiency programs 
Generation retirements of approximately 350 MW of old fleet combustion 
turbines by 20 12 
Generation retirements of approximately 1,040 MW of older coal units associated 
with the addition of Cliffside Unit 6. 
Generation retirements of approximately 630 MW of remaining coal units without 
scrubbers by 20 15 
Approximately 70 MW of net generation reductions due to new environmental 
equipment 
Continued operational reliability of existing generation portfolio 
Using a 17 percent target planning reserve margin for the planning horizon 
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Identifi and Screen Resource Options for Further Consideration 

The IRP process evaluates EE, DSM and supply-side options to meet customer energy 
and capacity needs. The Company develops DSM/EE options for consideration within 
the LRP based on input from our collaborative partners and cost-effectiveness screening. 
Supply-side options reflect a diverse mix of technologies and fuel sources (gas, coal, 
nuclear and renewable). Supply-side options are initially screened based on the 
following attributes: 

0 

0 

0 Long-run reliability 
0 Reasonable cost parameters. 

Technically feasible and commercially available in the marketplace 
Compliant with all federal and state requirements 

The Company compared capacity options within their respective fuel types and 
operational capabilities, with the most cost-effective options being selected for inclusion 
in the portfolio analysis phase. 

Resource Options 

Supply-side 
Based on the results of the screening analysis, the following technologies were included 
in the quantitative analysis as potential supply-side resource options to meet future 
capacity needs: 

8 

0 

0 

0 

o 

Baseload - 800 MW Supercritical Pulverized Coal 
Baseload - 630 M W  Integrated Gasification Combined Cycle (IGCC) 
Baseload - 2,234 MW (2x 1,117 M W )  Nuclear units (APl 000) 
Peakinghtermediate - 740 M W  (4x185 MW) CT 
Peakinghtermediate - 650 MW (460 MW Unfired + 150MW Duct Fired + 
40MW Inlet Chilled) Natural Gas CC 
Renewable - Existing Unit Biomass Co-Firing 
Renewable - Wind PPA On-shore 
Renewable - Landfill Gas PPA 
Renewable - Solar Photovoltaic PPA 
Renewable - Biomass Firing PPA 
Renewable - Poultry Waste PPA 

o 

0 

o 

o 

0 

8 
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Although the supply-side screening curves showed that some of these resources would be 
screened out, they were included in the next step of the quantitative analysis for 
completeness. 

Enerw Efficiencv and Demand-Side Management 
EE and DSM programs continue to be an important part of Duke Energy Carolinas’ 
system mix. The Company considered both demand response and conservation programs 
in the analysis. 

The Company modeled the costs and impacts from EE and DSM programs based on the 
data included in Duke Energy Carolinas’ approved Energy Efficiency Plan settlement in 
NCUC Docket No. E-7, Sub 831. For the analysis, Duke Energy Carolinas assumed 
these costs and impacts would continue through the duration of the planning period. 

The forecasted energy efficiency savings through 2012 are consistent with Duke Energy 
Carolinas’ North Carolina Energy Efficiency Plan for 2009 through 2012. The Company 
assumes for purposes of the IRP that total efficiency savings will continue to grow on an 
annual basis through 203 1 , however the components of future programs are uncertain at 
this time and will be informed by the experience gained under the current plan. 

Develop Theoretical Portfolio Conjigurations 

The Company conducted a screening analysis using a simulation model to identifj the 
most attractive capacity options under the expected load profile as well as under a range 
of risk cases. This analysis began with a set of basic inputs which were varied to test the 
system under different future conditions, such as changes in fuel prices, load levels, and 
consh-uction costs. These analyses yielded many different theoretical configurations of 
resources required to meet an annual 17 percent target planning reserve margin while 
minimizing the long-run revenue requirements to customers, with differing operating 
(production) and capital costs. 

The set of basic inputs included: 

Fuel costs and availability for coal, gas, and nuclear generation; 
Development, operation, and maintenance costs of both new and existing 
generation; 
Compliance with current and potential environmental regulations; 
Cost of capital; 
System operational needs for load ramping, spinning reserve (10 to 15-minute 
start-up) 
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0 

0 

The projected load and generation resource need; and 
A menu of new resource options with corresponding costs and timing parameters. 

Duke Energy Carolinas reviewed a number of variations to the theoretical portfolios to 
aid in the development of the portfolio options discussed in the following section. 

Develop Various Portfolio Options 

Using the insights gleaned from developing theoretical portfolios, Duke Energy Carolinas 
created a representative range of generation plans reflecting plant designs, lead times and 
environmental emissions limits. Recognizing that different generation plans expose 
customers to different sources and levels of risk, the Company developed a variety of 
portfolios to assess the impact of various risk factors on the costs to serve customers. 
The portfolios analyzed for the development of this IRP were chosen in order to focus on 
the optimal timing of CT, CC, and nuclear additions in the 20 16 - 203 1 timeframe. 

The information as shown on the following pages outlines the planning options that the 
Company considered in the portfolio analysis phase. Each portfolio contains demand 
response and conservation identified in the base EE and DSM case and renewable 
portfolio standard requirements modeled after the NC REPS in NC and applied to SC. In 
addition, each portfolio contains the addition of Cliffside Unit 6 in 2012, Buck CC in 
2012 and Dan River CC in 2013 and the unit retirements shown in Table 5 D. 

The RPS assumptions are based on NC REPS in North Carolina. The assumptions for 
planning purposes are as follows: 

Overall Reauirements/Timinq 
0 3% of 201 1 load by 2012 
0 6% of 2014 load by 2015 
0 10% of 2017 load by 2018 
0 12.5% of 2020 load by 2021 

Additional Requirements 
0 

0 

0 

0 Solar requirement 

Up to 25% from EE through 2020 
Up to 40% f?om EE starting in 2021 
Up to 25% of the requirements can be met with out-of-state, unbundled RECs 

o 0.02% by 2010 
o 0.07% by 2012 
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o 0.14% by 2015 
o 0.20% by 2018 

0 Hog waste requirement (NC only - using Duke Energy Carolinas’ share of 
total North Carolina load which is approximately 42%) 

o 0.07% by 2012 
o 0.14% by 2015 
o 0.20% by 2018 

0 Poultry waste requirement (NC only - using Duke Energy Carolinas’ share of 
total North Carolina load which is approximately 42%) 

o 71,400 MWh by 2012 
o 294,000 MWh by 2013 
o 378,000 MWh by 2014 

The overall requirements were applied to all retail load and to wholesale customers who 
have contracted with Duke Energy Carolinas to meet their REPS requirement. The 
requirement that a certain percentage must come from Hog and Poultry waste was not 
applied to the South Carolina portion. 

Conduct Portfolio Analysis 

Duke Energy Carolinas tested the portfolio options under the nominal set of inputs, as 
well as a variety of risk sensitivities and scenarios, in order to understand the strengths 
and weaknesses of various resource configurations and evaluate the long-term costs to 
customers under various potential outcomes. 

For this IRP analysis, the Company selected six main scenarios to illustrate the impacts 
of key risks and decisions. Three of these scenarios fall into the Reference C02 Case and 
three fall into the Clean Energy Legislation Case. 

o Reference Case: Cap and trade program with C02 prices based on Duke Energy’s 
201 1 fundamental prices. 
Clean Energy Legislation: In addition to evaluating potential C02 cap and trade 
options, the impact of proposed Clean Energy legislation without a price on C02 
emissions was also evaluated. Assumptions used in this analysis include: 

10% of retail sales by 2015 must be clean energy, increasing to 30% by 
2030. 

o Alternative Compliance Payment (ACP) of 50$/MWhr. 
o “Clean Energy” includes renewable resources, EE, nuclear, natural gas 

CC, or alternative compliance payment. 
o PortfoIios based on this legislation include the increased EE to meet 25 

o 

o 
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percent of the total clean energy target. 

The six analyzed portfolios are shown below: 

Reference C02 Case Scenarios: 

1. Natural Gas - Combustion turbine/combined cycle portfolio (CT/CC) 
2. Lee Nuclear - Two Lee Nuclear unit portfolio with units on-line in 2021 and 

3. Regional Nuclear - Co-ownership of nuclear units in the region. The portfolio 
consists of 2 15 Mv(r of nuclear in 201 8,730 MW in 202 1 and 2023, and 559 Mw 
in 2028 (Reg Nuclear) 

2023 (2N 202 1-2023) 

Clean Energy Legislation Scenarios: 
4. Clean Energy CC - CC portfolio with the Clean Energy Legislation assumptions 
5. Clean Energy 2N - Two Lee Nuclear unit portfolio with the Clean Energy 

Legislation assumptions 
6. Clean Energy Regional Nuclear - Regional co-ownership of nuclear with the 

Clean Energy Legislation assumptions 

An overview of the specifics of each portfolio is shown in Table A. 1 below. 

The sensitivities chosen to be performed for these scenarios were those representing the 
highest risks going forward. 

The Company evaluated the following sensitivities in the Reference C02 Case scenarios: 

a Load forecast variations 
- Increase relative to base forecast (+15% for peak demand and +16% for 

energy by 203 1) 
Decrease relative to base forecast (-8% for peak demand and energy by 203 1) 

Costs to construct a new nuclear plant (+20/- 10% higher than base case) 

Higher Fuel Prices (coal prices 25% higher, natural gas prices 25% higher) 
Lower Fuel Prices (coal prices 40% lower, natural gas prices 40% lower) 

- 

a Construction cost sensitivity5 

0 Fuel price variability 
- 

- 
- 

These sensitivities test the risks froin increases in construction costs of one type of supply-side resource at 5 

a time. In reality, cost increases of inany construction component inputs such as labor, concrete and steel 
would affect all supply-side resources to varying degrees rather than affecting one technology in isolation. 
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Nuclear Financing 
- 

The Carbon reference case had C02 emission prices ranging from $12/ton starting 
in 2016 to $42/ton in 2031. The Company performed sensitivities based on the 
2009 and 2010 fundamental C02 prices. 
High Energy Efficiency - This sensitivity includes the full target impacts of the 
Company’s save-a-watt bundle of programs for the first five years and then 
increases the load impacts at 1% of retail sales every year after that until the load 
impacts reach the economic potential identified by the 2007 market potential 
study. When fully implemented, this increased EE impacts resulted in 
approximately a 13% decrease in retail sales over the planning period. 

Federal loan guarantees for the Lee nuclear station 

Chart A. 1 shows the COz prices utilized in the analysis. 

Chart A.l 
C 0 2  Allowance Price Projection 

0 ‘  
2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 

-2009 Fundamental -2010 Fundamental -2011 Fundamental 

For the Clean Energy Legislation, the Company also performed a sensitivity by lowering 
the ACP to $30/MWhr and increasing the renewable energy assumptions to lower the 
Company’s need to purchase ACPs. 
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An overview of the specifics of each portfolio is shown in Table A. 1 below. 

Year 

Table A . l -  Portfolios Evaluated 

Portfolios 
Clean Energy 

2N Regional Std - 
CT/CC 2021/2023 Nuclear Gas 

2014 
2015 
2016 
2017 
2018 
2019 

I 2012 I I I I 

CT CT CT cc 
CT CT CT cc 

cc cc N cc 
cc cc 

2013 I I 

2020 CT CT 
2021 I I N N I 
2022 cc 

I 2026 I CT I I I cc 
2025 cc CT 

2029 

CT I CT I 

cc 

N I N 

2030 
2031 

Total CT 
Total CC 
Total Nuclear 
Total Nuclear Uprate 
Total Retire 

Quantitative Analysis Results 

cc cc 
CT CT CT cc 

3,180 MW 2,890 MW 2,890 MW 
3,250 MW 1,300 MW 1,300 MW 6,000 MW 

2,234MW 2,234MW 
204 MW 204 MW 204 MW 204 MW 

2,017 MW 2,017 MW 2,017 MW 2,017 MW 

The quantitative analysis focused on critical variables that impact the need for and timing 
of new nuclear generation. Three potential resource planning strategies were tested under 
base assumption and variations in C02 price, fuel costs, loadenergy efficiency, and 
nuclear capital costs. These three potential resource planning strategies are: 

No new nuclear capacity (the CT/CC portfolio) 
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0 

0 

Full ownership of new nuclear capacity (the 2 Nuclear Units portfolio) 
Regional co-ownership of new nuclear capacity (the Regional Nuclear portfolio) 

High Low 

For the base case and sensitivities, the Company calculated the PVRR for each portfolio. 
The revenue requirement calculation estimates the costs to customers for the Company to 
recover system production costs and new capital incurred. Duke Energy Carolinas used a 
50-year analysis time frame to fully capture the long-term impact of nuclear generation 
added late in the 20 year planning horizon. Table A2 below represents a comparison of 
the Natural Gas (CT/CC) portfolio with a full ownership nuclear portfolio (1st unit in 
2021 & 2nd unit in 2023) and the regional nuclear portfolio over a range of sensitivities. 
The green block represents the lowest PVRRs between the Natural Gas and the two 
nuclear portfolios. The value contained within the block is the PVRR savings in $billions 
between the cases. 

High 

Table A.2 
Comparison of Nuclear Portfolios to the CTKC Portfolio 
(Cost are represented in $billions) 

Based on the quantitative analysis, the optimal plan includes two new nuclear units in the 
2020 timeframe. The nuclear portfolios resulted in a lower cost to customers in every 
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case with the exception of increased nuclear capital cost and lower fuel cost. In a Clean 
Energy Standard regulatory construct, the advantages of adding additional nuclear are 
greater than in a COz Cap and Trade construct. 

The Company’s proposed portfolio including full ownership of two nuclear units in 2021 
and 2023 continues to be cost effective, but the Company recognizes the potential 
benefits to customers of securing new nuclear generation in smaller capacity increments 
through regional nuclear development. The analysis indicates that the regional nuclear 
portfolio is lower cost to customers in the base case and most scenarios, but the full 
nuclear portfolio was chosen for the 201 1 IRP preferred plan because there are no firm 
commitments in place at this time for the regional nuclear portfolio. Regional nuclear is 
where two or more partners plan collaboratively to stage multiple nuclear stations over a 
period of years and each partner would own a portion of each station. Several advantages 
to a regional nuclear approach are: 

0 Load Growth: Smaller blocks of base load generation brought on-line over a 
period of years would more closely match projected load growth. 
Financial: The substantial capital cost would be phased in over a longer period of 
time and would spread the risk if there were cost increases. 
Regulatory Uncertainty: The optimal amount and timing of additional nuclear 
generation will depend on the outcome of final legislation. Using a regional 
approach would allow utilities to better optimize their portfolios as legislation or 
regulation change over time. 

0 

0 

Duke Energy Carolinas strongly supports this concept and continues to explore regional 
nuclear opportunities. The Company will continue to assess opportunities to benefit 
from economies of scale and risk reduction in new resource decisions by considering the 
prospects for joint ownership andor sales agreements for new nuclear generation 
resources. Recent efforts in support of regional nuclear include: 

0 In February 201 1 , E A  (formerly Jacksonville Electric Authority), located in 
Jacksonville, Florida, signed an option to potentially purchase up to 20% of Lee 
Nuclear Station. 

0 In July 20 1 1 the Company signed a letter of intent with Santee Cooper to perform 
due diligence and potentially acquire an option for a minority interest (5  to 10 
percent of the capacity of the two units) in Santee Cooper’s 45 percent ownership 
of the planned new nuclear reactors at V.C. Summer Nuclear Generating Station 
in South Carolina. The new units are scheduled to be online between 2016 and 
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Quantitative Analysis Summary 

One of the major benefits of having additional nuclear generation is the lower system 
C02 footprint and the associated economic benefit. The projected C02 emissions under 
the CT/CC, 2 Nuclear, and Regional Nuclear scenarios are shown in Chart A.4 below. A 
review of these projections illustrates that for the Company to achieve material system 
reductions in C02 emissions, it must add new nuclear generation to the future resource 
portfolio. 

Chart A.3 

C02 Emission Projections 

1 60,000 

1 10,000 

0 '  

2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 

-CT/CC -2Nucl -RegNucl 

The biggest risks to the proposed nuclear portfolios are the time required to license and 
construct a nuclear unit, uncertainty regarding GHG regulatiodlegislation, potential for 
lower demand than currently estimated, capital cost to build, and the ability to secure 
favorable financing. However, in a carbon constrained future, new nuclear generation 
must be in the generation mix to reduce the Company's carbon footprint. 
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In summary, the results of the quantitative analyses indicate that it is prudent for Duke 
Energy Carolinas to continue to preserve the option to build new nuclear capacity in the 
2020 timefkame. The Company’s analysis re-affms the advantages of favorable 
financing and co-ownership in future nuclear generation. Duke Energy Carolinas is 
aggressively pursuing favorable financing options and continues to seek potential co- 
owners for this generation. 

The overall conclusions of the quantitative analysis are that significant additions of 
baseload, intermediate, peaking, EE, DSM, and renewable resources to the Duke Energy 
Carolinas portfolio are required over the planning horizon. Conclusions based on these 
analyses are: 

0 The new levels of EE and DSM are cost-effective for customers. 
P The screening analysis shows that portfolios with the new EE and DSM 

were lower cost than those without and EE and DSM. 
> The high EE sensitivity assumes 100% participation of cost effective EE 

programs identified in the market potential study. The high EE sensitivity 
is cost effective if there is an equal participation between residential and 
non-residential customers. If a significant number of non-residential 
customers opt out, then the high EE case may no longer be cost effective. 

Significant renewable resources will be needed to meet the new NC REPS (and 
potentially a federal standard). 
There is a capacity need in 2015 to 2020 timefi-ame to maintain the 17% reserve 
margin. 
The analysis demonstrates that the nuclear option is an attractive option for the 
Company’s customers. 

P Continuing to preserve the option to secure new nuclear generation is 
prudent under the circumstances. 

> Favorable financing is very important to the project cost when compared 
to other generation options. 

> Co-ownership is beneficial from a generation and risk perspective. 

0 

0 

For the purpose of demonstrating that there will be sufficient resources to meet 
customers’ needs, Duke Energy Carolinas has selected a portfolio which, over the 20- 
year planning horizon provides for the following: 

0 987 MW equivalent of incremental capacity under the new save-a-watt DSM 
programs 
727 MW of new EE (reduction to system peak load) 0 
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o 2,234 MW of new nuclear capacity 
0 1,300 MW of new CC capacity 

2,890 MW of new CT capacity 
204 MW of nuclear uprates 

0 484 MW of renewables (858 MWs nameplate) 

Significant challenges remain with respect to the Company’s portfolio, such as obtaining 
the necessary regulatory approvals to implement the EE and DSM programs and supply 
side resources, finding sufficient cost-effective, reliable renewable resources to meet the 
NC REPS standard, effectively integrating renewables into the resource mix, and 
ensuring sufficient transmission capability for these resources. 
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Regular Sales and Systeni Peak Srimnier (2OIO Forecast vs. 2011 Forecast) 

Growth Statistics from2011 to2012 

kl 
Regular sales include total Retail and FulVPartial Requirements Wholesale sales. The system peak 
summer demand includes all MW demands associated with the IRP loads. The table below shows 
values after the effects of utility sponsored energy efficiency 
have been reflected. )f n 

c3 x 

n 
N, 

2' 
Growth 

Regrdar Sales Oiitlook for the Forecast Horizon (2010 - 2026) 

Total Regular sales for the Spring 201 1 Forecast are projected to grow at an average annual rate 
of 1.5% from 2010 through 2026, the same rate as the Fall 2010 Forecast. The Spring 201 1 
Forecast for Residential and Commercial is higher in the short and mid-term due to higher 
economic growth and a smaller reduction in the expected impacts of CFL's. In the long-run, 
however, the Residential and Commercial forecasts are slightly lower due to higher energy 
efficiency impacts The Industrial Forecast is higher throughout due to stronger economic 
projections in industries such autos and steel, and a surprisingly improved textile outlook. 
Adjustments were made to the energy forecasts for the Spring 201 1 Forecast and the Fall 2010 
Forecast to account for utility sponsored efficiency programs. The expected ban of incandescent 
lighting mandated by the Energy Independence and Security Act of 2007 was reflected 
differently in the Spring 201 1 Forecast. Its impacts were reflected directly in the residential 
model rather than an ex-post adjustment. Additional adjustments to the Spring 201 1 Forecast 
include sales additions from the expected growth in Plug-in Hybrid Electric Vehicles (PHEV) 
beginning in 20 1 1. 
The FuWartial Requirements Wholesale class forecast will increase due to new sales contracts 
with Central Electric Power Cooperative, Inc. (CEPCI) starting in 2013. 

el x 
3 
3 
3 

(Load Forecast Pg 1) 
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I Comparison of Regular Sates Growth Statistics 

Item 

Regular Sales: 
Residential 

Comnercial  

Industrial (total) 

Textile 

Other Industrial 

Other 

FuWPartial Wholesale 

Total Regular 

Spring 2011 Forecast? 

Spring 2011 Forecast 
Annual Growth 

(2010-2026) 

Amount Y O  

212 GWH 0.9% 
569 GWH 1.8% 
158 GWH 0.1% 
-35 GWH -0.9% 
193 GWH 1.1% 
5 GWH 1.5% 

311 GWH 5.0% 
1,381 GWH 1.5% 

FaIl2010 Forecast 

Fall 2010 Forecast 
Annual Growth 

(2010-2026) 

Amount % 

289 GWH 0.9% 
595 GWH 1.8% 
96 GWH 0.5% 
-64 GWH -1.8% 
160 GWH 0.9% 
5 GWH 1.6% 

390 GWH 5.1% 
1,315 GWH 1.5% 

Average 
Annual 

Difference 

-16 GWH 
-26 GWH 
62 GWH 
29 GWH 
33 GWH 
0 GWH 

-13 GWH 
6 GWH 

’ Average aiimraldi@weirrrs nray I IOI  niatdr due to roiordirrg 

3 FarList afFtrll/Par?ial Whalesale cistomasseepage 6. . 
Ollrersales corisist ofStreetaridPirblic Liglrtirbrg audTraffic Signal GIVHsales. 

System Peak Outlook for the Forecast Horizon (2010 - 2026) 

System peak demands are forecasted on a summer and winter basis. Additional adjustments 
have been made to the Spring 201 1 Forecast for the expected growth in Plug-in Hybrid 
Electric Vehicles (PHEV) and utility sponsored enery efficiency programs. The system 
peak summer demand on the Duke Energy Carolinas is expected to grow at an average 
annual rate of 1.8% from 2010 through 2026. The system peak winter demand is expected 
to grow at an average annual rate of 1.7% from 2010 through 2026. 

Comparison of System Peak DemandGrowth Statistics 
Spring 2011 Forecast us. Fall 2010 Forecast 

Spring 2011 Forecast 

Difference 

Amount 

Winter  316 M W  1.6% 

(Load Forecast pg 2) 
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Other Forecasts 

The number of rates billed is forecasted for the Residential, Commercial and Industrial 
classes of Duke Energy Carolinas. The total number of rates billed is expected to grow 
at 1.3% annually over the forecast horizon. 

(Load Forecast pg 3) 
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Generalforecasting rnethodology for Duke Energy Carolinas energy and demand 
forecasts for Spring 2010 

Duke Energy Carolinas’ Spring 201 1 forecasts represent projections of the energy and 
peak demand needs for its service area, which is located within the states of North and 
South Carolina, including the major urban areas of Charlotte, Greensboro and 
Winston-Salem in North Carolina and Spartanburg and Greenville in South Carolina. 
The forecasts cover the time period of 201 1 - 2026 and represent the energy and peak 
demand needs for the Duke Energy Carolinas system comprised of the following 
customer classes and other utility/wholesale entities: 

Residential 
Commercial 
Textiles 
Other Industrial 
Other Retail 
Duke Energy Carolinas full /partial requirements wholesale 

’”i 
f3 
c3 
b 
k 

Q 
0 

Energy use is dependent upon ley economic factors such as income, energy prices and 
employment along with weather. The general framework of the Company’s forecast 
methodology begins with projections of regional economic activity, demographic 
trends and expected long-term weather. The economic projections used in the Spring 
201 1 forecasts are obtained from Moody’s Analytics, a nationally recognized 
economic forecasting firm, and include economic forecasts for the Dulte Carolinas 
service area region. These economic forecasts represent long-term projections of 
numerous economic concepts including the following: 

Total real gross regional product (GRP) 
Non-manufacturing real GRP 
Non-manufacturing employment 
Manufacturing real GRP industry group, e.g., textiles 

9 Manufacturing Employment by industry group 
Total real personal income 

Total population forecasts are obtained from the two states’ demographic offices for 
each county in each state which are then used to derive the total population forecast 
for the 5 1 counties that the Company serves in the Carolinas. 

(Load Forecast pg 4) 
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General forecasting methodology (continried) 

A projection of weather variables, cooling degree days (CDD) and heating degree days 
(HDD), are made for the forecast period by examining long-term historical weather. For the 
Spring 201 1 forecasts, a 10 year simple average of CDD and HDD from 2001 -2010 was 
used. 

Other factors influencing the forecasts are identified and quantified such as changes in 
wholesale power contracts and housing trends, which reflects the Energy Information 
Administration‘s outlook for appliance saturations and efficiency trends. 

The price of electricity is also an important input to the energy and peak models. The 
projected price of electricity is developed by the company’s Financial Model group, and 
incorporates expected future costs of captial additions, fuel price increases, as well as 
enviromental costs, such as tighter Carbon standards. 

Energy forecasts for all of the Company’s retail customers are developed at a customer 
class level, i.e., residential, commercial, textile, other industrial and street lighting along 
with forecasts for its wholesale customers. Econometric models incorporating the use of 
industry-standard linear regression techniques were developed utilizing a number of key 
drivers of energy usage as outlined above. The following provides information about the 
models. 

Residential Class: 
The Company’s residential class sales forecast is comprised of two separate and 
independent forecasts. The first is the number of residential rates billed which is driven by 
population projections of the counties in which the Company provides electric service. The 
second forecast is energy usage per rate billed which is driven primarily by weather, 
regional economic trends, electric price and appliance efficiencies. The total residential 
sales forecast is derived by multiplying the two forecasts together. 

Commercial Class: 
Commercial electricity usage changes with the level of regional economic activity and the 
impact of weather. 

Textile Class: 
The level of electricity consumption by Duke Energy Carolinas’ textile group is impacted 
by the level of textile manufacturing output, exchange rates, electric prices and weather. 

Other Industrial Class: 
Electricity usage for Duke’s other industrial customers was forecasted by 14 groups 
according to the 3 digit NAICS classification and then aggregated to provide the overall 
other industrial sales forecast. Usage is driven primarily by regional manufacturing output 
at a 3 digit NAICS level, electric prices and weather. 

Other Retail Class: 
This class in comprised of public street lighting and traffic signals within the Company’s 
service area. The level of electricity usage is impacted not only by economic growth but 

(Load Forecast pg 5) 

114 



General forecasting itiethodology (continued) 

Wholesale: 
Duke Energy Carolnas serves the follwing wholesale customers on a full or partial basis: 

Concord, Prosperity, Dallas, Lockhart, Forest City, Greenwood, Kings Mountain, 
Highlands, Due West, Western Carolina, Blue Ridge EMC, Piedmont EMC, New River, 
Rutherford EMC, Central, and NCEMC Fixed Load Shape. 

The larger wholesale entities, Blue Ridge, Rutherford, and Piedmont, are forecasted by 
econometric models. The smaller whoelsale customers, however, are projected by using an 
assumed growth rate, comparable to Duke Carolinas Retail growth. 

Peaks: 
Adjustments were made to the energy and peak projections for the Spring 201 1 Forecast to 
reflect additions from the expected growth in Plug-in Hybrid Electric Vehicles (PHEV) in 
the forecast beginning in 201 1. The expected ban on incandescent lighting mandated by the 
Energy Independence and Security Act of 2007 is reflected in the residential sales model by 
adjusting the appliance efficiency variable. 

Similarly, Duke Energy Carolinas’ forecasts of its annual summer and winter peak demand 
forecasts uses econometric linear regression models that relate historical annual 
summer/winter peak demands to key drivers including daily temperature variables (such as 
daily sum of heating degree hours from 7 to 8AM in the winter with a base of 60 degrees 
and the daily sum of cooling degree hours from 1 to 5PM in the summer with a base of 69 
degrees) and the monthly electricity usage of the entity to be forecasted. 

(Load Forecast Pg 6 )  
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Regular Sales, which includes billed sales to Retail and FuWartial Requirements 
Wholesale classes, are expected to grow at 1381 GWH per year or 1.5% over the 
forecast horizon. Retail sales include GWH sales billed to the Residential, 
Commercial, Industrial, Street and Public Lighting, and Traffic Signal Service 
classes. Wholesale sales are to resale customers that Duke provides either full or 
partial service. 

Adjustments were made to the energy and peak projections for the Spring 201 1 
Forecast to reflect additions from the expected growth in Plug-in Hybrid Electric 
Vehicles (PHEV) in the forecast beginning in 201 1. The expected ban on 
incandescent lighting mandated by the Energy Independence and Security Act of 
2007 is reflected in the residential sales model by adjusting the appliance 
efficiency variable. 

Points of Interest 

The Besidential class continues to show positive growth, driven by steady gains 
in population within the Duke Energy Carolinas service area. The resulting annual 
growth in Residential billed sales is expected to average 1.4% over the forecast 
horizon on a temperature corrected basis.. 

*The- 'a class is projected to be the fastest growing retail class, with 
billed sales growing at 1.8% per year over the next fifteen years. The three largest 
sectors in the Commercial Class are Offices, which includes banking, Retail and 
Education. 

The lndustr ial class rebounded strongly in 2010 after struggling for several 
years. The long term structural decline that has occurred in the Textile industry is 
expected to moderate significantly in the forecast horizon, with an overall 
projected decline of 0.9%. In the Other Industrial sector, several industries such as 
Autos, Rubber & Plastics and Primary Metals, are projected to show strong growth. 
Overall, OtherIndustrial sales are expected to grow 1.1% over the forecast horizon. 

The FullPartial Reauirements Wholesale class is expected to grow at 5.0% 
annually over the forecast horizon, primarily due to the forecasted supplemental 
sales to specified EMCs in North Carolina and sales to CEPCI ik South Carolina. 

(Load Forecast Pg 8) 
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Regular Billed Sales (Sum of Retail and Full/Partial Wholesale classes) 

95.000 

$ 85,000 
0 

75.000 

65,000 -! 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Yew 

-History +Fall 2010 Forecast +Spring 2011 Forecast 

1 

HISTORY AVERAGE ANNUAL GROWTH 

Year Aetunl Growth GWH Yo 
GWH GWH % Per Year Pcr Ycnr 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

75,605 
76,769 
74,784 
77,374 
79,130 
78,347 
81,572 
81,066 
77,528 
84.088 

-1,692 
1,164 
-1,984 
2,590 
1,756 
-784 
3,225 
-505 

-3,538 
6.560 

-2.2 
1.5 

-2.6 
3.5 
2.3 
-1.0 History (2005 to 2010) 992 1.2 
4.1 History (1995 to 2010) 918 1.2 
-0.6 
-4.4 Spring 2011 Forecast (2010 to 2026) 1381 1.5 
8.5 Fall 2010 Forccnst (2010 to 2026) 1375 1.5 

SPRING 2011 FORECAST FaU 2010 FORECAST 
Fall 2010 

Grotth SPRING2011 %s.FALL2010 GroMh 
Ycnr 

201 I 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

GWH 

81,008 
82,273 
84,039 
85,930 
87,752 
89,570 
91,427 
93,364 
95,146 
96,546 
97,950 
99,479 
101,104 
102,775 
104,454 
106,189 

GWH 

-3,081 
1,266 
1,766 
1,891 
1,821 
1,819 
1,857 
1,937 
1,782 
1,399 
1,405 
1,529 
1,625 
1,670 
1,679 
1,734 

% 

-3.7 
1.6 
2.1 
2.2 
2.1 
2.1 
2.1 
2.1 
1.9 
1.5 
1.5 
1.6 
1.6 
1.7 
1.6 
1.7 

GWH 

80,519 
81,543 
82,577 
84,041 
85,715 
87,393 
89,235 
91,248 
93,415 
95,166 
96,687 
98,432 
100,294 
102,224 
104,107 
106,094 

GWH 

489 
730 

1,462 
1,890 
2,037 
2,178 
2,192 
2,115 
1,731 
1,380 
1,263 
1,047 
810 
55 1 
347 
94 

% 

0.6 
0.9 
1.8 

2.4 
2.5 
2.5 
2.3 
1.9 
1.4 
1.3 
1.1 
0.8 
0.5 
0.3 
0.1 

7 7  

Pcr Year 

-3,570 
1,025 
1,034 
1.463 
1,674 
1,678 
1,843 
2,013 
2,167 
1,751 
1,521 
1,745 
1,862 
1,930 
1,883 
1,987 

(Load Forecast Pg 9) 

118 



Residential Billed Sales 

32,000 -. 

28,000 * *  

0 24,000 -. 5 

20,000 .* 

16,000 4 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Y cnr 
-History +Fall 2010 Forecast U S p r i n g  2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Yenr Achlnl Growth GWH % 
GWH GWH % Per Yenr Per Yenr 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

23,272 
24.466 
23,947 
25,150 
26,108 
25.816 
27,459 
27,335 
27,273 
30.049 

388 
1,194 
-519 
1,203 
958 
-292 
1.643 
-124 
-62 

2,777 

1.7 
5.1 
-2.1 
5.0 
3.8 
-1.1 History (2005 to 2010) 788 2.9 
6.4 History (1995 to 2010) 662 2.7 

-0.2 Spring 201 1 Forecast (2010 to 2026) 272 0.9 
10.2 Fall 2010Forecast (2010 to 2026) 289 0.9 

-0.5 

SPRING 2011 FORECAST Fall 2010 FORECAST 

GroMh SPRING2011 vs.FALL2010 
Yenr GWH GWH Yo GWH GWH % 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

27,517 
27,749 
27,914 
28,350 
28,760 
29,154 
29.554 
29,995 
30,454 
30,926 
31,387 
31.946 
32,535 
33,154 
33,774 
34.408 

-2,532 -8.4 
232 0.8 
165 0.6 
436 1.6 
410 1.4 
394 1.4 
400 1.4 
441 1.5 
459 1.5 
472 1.5 
461 1.5 
559 1.8 
589 1.8 
619 1.9 
620 1.9 
634 1.9 

27,464 
27.656 
27,400 
27.663 
28,036 
28,367 
28.743 
29,201 
29,732 
30,315 
31,008 
31,698 
32,434 
33,204 
33,896 
34,668 

53 
93 
514 
687 
724 
787 
81 1 
794 
722 
612 
379 
248 
101 
-50 
-122 
-260 

0.2 
0.3 
1.9 
2.5 
2.6 
2.8 
2.8 
2.7 
2.4 
2.0 
1.2 
0.8 
0.3 

-0.1 
-0.4 
-0.7 

Fall 2010 
Growth 

Per Ycnr 

-2,585 
1 92 

-255 
262 
373 
33 1 
376 
458 
53 1 
582 
693 
691 
736 
770 
692 
772 

(Load Forecast Pg 10) 
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Cornmercial Billed Sales 

33,000 .- 
29,000 .. 
25,000 * *  

21,000 .* 

17,000 '. 

1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 
Y W  

-History +Fall2010 Forecast +Spring2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth GWH % 
GWH m n  % Per Year Per Year 

2001 
2002 
2003 
2004 
2005 
2006 
2007 

2009 
2010 

2008 

23,666 821 3.6 
24,242 576 2.4 
24,355 113 0.5 

25,679 475 1.9 
26,030 352 1.4 
27,433 1,402 5.4 

26,917 -311 -1.1 

25,204 849 3.5 

27,288 -145 -0.5 

27,968 991 3.7 

History (2005 to 2010) 458 1.7 
Hisrory (1995 la 2010) 634 2.8 

Spring 201 1 Forceas! (2010 lo 2026) 569 1.8 
Fall 2010 Forecast (2010 lo 2026) 595 1.8 

SPRING 2011 FORECAST Fall 2010 FORECAST 

GroF\th 
Year GWH GWH % 

201 I 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

27,148 
27,759 
28,399 
29,031 
29,658 
30,281 
30,907 
31,537 
32,173 
32,815 

34,129 
34,847 
35,577 
36,319 
37,074 

33,468 

-820 
61 1 
640 
63 I 
627 
623 
626 
630 
636 
642 
653 
662 
718 
729 
142 
756 

-2.9 
2.3 
2.3 

2.2 
2.1 
2.1 
2.0 
2.0 
2.0 
2.0 
2.0 
2.1 
2.1 
2. I 
2.1 

7 7  

SPRING2011 'IS. FALL 2010 
GWH GWH Yo 

27,076 

28,146 

29,229 
29,903 
30,571 
31,301 
32,020 
32,760 

34,040 
34,862 
35,710 

27,688 

28,588 

33,295 

36,598 
37,494 

72 
72 
253 
443 
429 

336 
236 
153 
54 
173 
89 
-15 
-133 
-279 
-420 

378 

0.3 
0.3 
0.9 
1.5 
1.5 
1.3 
1.1 
0.8 
0.5 
0.2 
0.5 
0.3 
0.0 

-0.4 
-0.8 
-1.1 

Fall 2010 
Growth 
Per Year 

-892 

458 
612 

442 
611 
674 
668 
730 
719 
74 1 
535 
145 
822 
847 
88s 
896 

(Load Forecast Pg 11) 
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Total Industrial Billed Sales (includes Textile and Other- Industrial) 

.,..,""" 

28,000 -. 

24,000 
0 

20.000 

I 

*. 

-. 

16,000 4 I 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Year 

-History -)Fall2010 Forecast +Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Gro\$ih GWH % 
GWH w n  yo Per Year Per Year 

2001 26,902 -2,869 -9.6 
2002 26,259 -643 -2.4 
2003 24,764 -1,496 -5.7 
2004 25,209 445 1.8 
2005 25,495 286 1.1 

2007 23,948 -587 -2.4 History (1995 to 2010) -618 -2.4 
2008 22,634 -1,314 -5.5 
2009 19,204 -3,430 -15.2 Spring 201 1 Forecast (2010 to 2026) 158 0.7 

2006 24,535 -960 -3.8 History (2005 to 2010) -975 -4.2 

2010 20,618 1,414 7.4 FallZOlOForecnst (2010 to 2026) 96 0.5 

SPRING 2011 FORECAST Fall 2010 FORECAST 

Croll i  
Year GWH GWH % 

201 1 
201 2 
2013 
2014 
2015 
2016 
201 7 

2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

2018 

21,026 
21,374 
21,600 
21,770 

21,963 

22,159 
22,263 
22,375 
22,493 
22,618 
22,748 
22,876 
23,M)I 
23,147 

21,871 

22,059 

408 2.0 

171 0.8 

348 1.7 
225 1.1 

100 0.5 
93 0.4 
96 0.4 
100 0.5 
104 0.5 
112 0.5 
119 0.5 
125 0.6 
130 0.6 

125 0.5 
146 0.6 

128 0.6 

SPlUh'GZOII w.VALL2010 
GWH GWH % 

20,515 
20,664 
20,812 
20,951 
20,944 
20,982 
21,082 
21,178 
21,294 
21,404 
21,525 
21,653 
21,777 
21,901 
22.025 
22,161 

51 1 
71 1 
787 
819 

98 i 

9x1 

927 

977 

969 
970 
969 
966 
972 
975 
976 
9x7 

2.5 
3.4 
3.8 
3.9 
4.4 
4.7 
4.6 
4.6 
4.6 
4.5 
4.5 
4.5 
4.5 
4.5 
4.4 
4.5 

Fall 2010 
Grovtli 

Per Year 

-103 
149 
149 
139 
-7 

100 
96 
116 
I l l  
120 

124 
124 
1 24 
136 

38 

I 28 

(Load Forecast Pg 12) 

121 



Textile Billed Sales 

13,000 T 

5,000 f \ 

l,""" . E .  e .  . .  
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Y enr 

-History +Fall 2010 Forecast +Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth w n  % 
ewn w n  % Per Year Per Year 

2001 
2002 
2003 
2Ool 
2005 
2006 
2007 
2008 
2009 
2010 

8,825 -1.989 -18.4 

7,562 -881 -10.4 
7,147 -415 -5.5 
6,561 -586 -8.2 
5,791 -770 -11.7 
5,224 -567 -9.8 
4,524 -700 -13.4 
3,616 -908 -20.1 
4,003 387 10.7 

8,443 -382 -4.3 

History (2005 lo 2010) -512 -9.4 
History (1995 to 2010) -543 -7.1 

Spring 2011 Forecast (2010 to 2026) -35 -0.9 
Fall 2OlOForecnst (2010 lo 2026) -64 -1.8 

SPRING 2011 FORECAST Fall 2010 FORECAST 

Growth S P ~ G Z O l l  vs.FALLZOl0 
Year w n  GWn yo GWH w n  % 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 

2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

2018 

4,134 
4,159 
4,125 
4,068 
4.01 I 
3,953 
3,900 
3,845 
3,790 
3,739 
3,689 
3,638 

3,539 
3.491 
3.445 

3,588 

131 3.3 
25 0.6 
-33 -0.8 
-57 -1.4 
-57 -1.4 
-57 -1.4 
-54 -1.4 
-54 -1.4 
-55 -1.4 
-51 -1.3 
-51 -1.4 
-51 -1.4 
-50 -1.4 
4 9  -1.4 
-48 -1.4 
-45 -1.3 

3,872 
3,788 
3,723 
3,656 
3.560 
3,499 
3,445 
3,390 
3,339 
3,286 
3,235 
3,184 
3,131 
3,078 
3,028 
2,979 

261 
371 
403 
412 
45 1 
454 
455 
455 
45 I 
453 
453 
454 
457 
460 
463 
466 

6.8 

10.8 
11.3 
12.7 
13.0 
13.2 
13.4 
13.5 
13.8 
14.0 
14.2 
14.6 
15.0 
15.3 
15.7 

9.8 

Fall 2010 
Growth 

Per Year 

-130 
-84 
6 6  
6 6  
-96 
60 
-55 
-55 
-51 
-53 
-51 
-51 
-53 
-52 
-50 
-49 

(Load Forecast Pg 13) 
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Other Industrial Billed Sales 

20,000 

i: 
16,000 

12,000 
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Yew 
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HISTORY AVERAGE ANNUAL GROWTH 

Yenr Actunl Growth GWH % 
GWH GWH % Per Year Per Yenr 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

18,077 -880 -4.6 
17,816 -261 -1.4 
17,202 -614 -3.4 
18,063 861 5.0 
18,934 872 4.8 
18,744 -191 -1.0 
18,724 -20 -0.1 
18,110 -614 -3.3 
15,588 -2,522 -13.9 
16,616 1,028 6.6 

History (2005 to 2010) 
History (1995 to 2010) 

-464 -2.6 
-75 -0.4 

Spring 2011 Forecast (2010 to 2026) 193 1.1 
Fall 2010 Forecast (2010 to 2026) 160 0.9 

SPRING 2011 FORECAST Fall 2010 FORECAST 

GroMh 
Year GWH GWH % 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 

16,893 
17,216 
17,474 
17,702 
17,860 
18,010 
18,159 
18,314 
18,473 
18,635 
18,805 
18,981 
19,160 
19,337 
19,510 
19,702 

277 1.7 
323 1.9 
259 1.5 
228 1.3 
158 0.9 
150 0.8 
150 0.8 
154 0.8 
159 0.9 
162 0.9 
169 0.9 
176 0.9 
180 0.9 
177 0.9 
173 0.9 
192 1.0 

SPRING2011 m.FALL2010 
GWH GWH % 

16,643 
16,876 
17,090 
17,295 
17,384 
17,483 
17,637 
17,788 
17,955 
18,118 
18,289 
18,469 
18,646 
18,822 
1 &997 
19,182 

250 
340 
385 
407 
476 
527 
522 
526 
518 
517 
515 
512 
515 
515 
514 
520 

1.5 
2.0 
2.3 
2.4 
2.7 
3.0 
3.0 
3.0 
2.9 
2.9 
2.8 
2.8 
2.8 
2.7 
2.7 
2.7 

Fall 2010 
Growth 

Per Yenr 

27 
233 
214 
205 
89 
99 
154 
151 
167 
163 
171 
179 
177 
177 
174 
185 

(Load Forecast Pg 14) 

123 



Full /Partial Requirements W'holesale Billed Sales I 

9.000 

0 
5,000 

1,000 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Y Cur 

-History +Fall 2010 Forecast *Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth GWH % 
GWH GWH % Pcr Year Per Year 

2001 1,484 -16 -1.1 
2002 1.530 47 3.1 
2003 1,448 -82 -5.4 
2004 1,542 93 6.4 
2005 1,580 38 2.5 
2006 1,694 114 7.2 History (2005 to 2010) 717 26.7 
2007 2,454 160 44.8 History (1995 to 2010) 238 8.1 
2008 3,525 1,072 43.7 
2009 3,788 262 7.4 Spring 201 I Forecast (2010 to 2026) 377 5.0 
2010 5,166 1,379 36.4 Fall 2010 Forecast (2010 to 2026) 390 5.1 

SPRING 2011 FORECAST Fall 2010 FORECAST 

Growth 
Year CWH GWH % 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

5,027 
5,098 
5,829 
6,478 
7,157 
7,862 
8,592 
9,353 
9,932 
10,101 
10,268 
10,446 
10,628 
10,816 
ll,M12 
11.195 

-139 -2.1 
71 1.4 
731 14.3 
648 11.1 
679 10.5 
705 9.8 
730 9.3 
761 8.9 
579 6.2 
169 1.7 
168 1.7 
111 1.7 
182 1.7 
188 1.8 
186 1.7 
192 1.7 

SPRING2011 E. FALL 2010 
GWH GWH % 

5,112 
5,239 
5,917 
6,532 
7,194 
7,823 
8,518 
9,241 
10,037 
10,349 
10,517 
10,693 
10,868 
11,051 
1 1,224 
1 1.402 

-145 
-141 
-88 
-55 
-37 
38 
74 
112 

-106 
-248 
-249 
-247 
-240 
-235 
-222 
-208 

-2.8 
-2.7 
-1.5 
-0.8 
-0.5 
0.5 
0.9 
1.2 

-1.1 
-2.4 
-2.4 
-2.3 
-2.2 
-2.1 
-2.0 
-1.8 

Fall 2010 
Grnwth 

Per Ycor 

6 
67 
678 
615 
662 
629 
694 
724 
796 
311 
168 
176 
175 
183 
173 
178 

1 Schedule 1OA Resale Sales does not include SEPA allocation. 

(Load Forecast Pg 15) 
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(Load Forecast Pg 16) 
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Total Rates Billed 
(Sum of Major Retail Classes: Residential, Commercial and Industrial) 

3,200,000 - 
3,000,000 * .  

2,800,000 - *  

3 2,600,000 .. - - 3 2,400,000 * *  

2,000,000 *. 

1,800,000 .- 
1,600,000 - ! ! ! ! ! ! ! ! ! E C 

3 2,200,000 a -  

1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 
YWr 

-History +Fail 2010 Forecast *Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth Rates Billed % 
Rates Billed Rates Billed % Per Year Per Year 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

2, I 17,432 
2,148,117 
2,186,825 
2,221,590 
2,261,639 
2,304,050 
2,354,078 
2,393,426 
2,399,359 
2,413,085 

58,280 
30,685 
38,708 
34,766 
40,049 
42,411 
50,028 
39,348 
5,933 
13.727 

2.8 
1.4 
1.8 
1.6 
1.8 
1.9 History (2005 to 2010) 30,289 1.3 

1.7 
0.2 Spring 201 1 Forecast (2010 to 2026) 35,490 1.3 
0.6 Fall 2010 Forecast (2010 to 2026) 34,098 1.3 

2.2 History (1995 to 2010) 39,573 1.9 

SPRING 2011 FORECAST Fall 2010 FORECAST 
Fall 2010 

Year 

201 I 
2012 
2013 
2014 
2015 
201 6 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 

Ratcs Billed 

2,432,796 
2,461,853 
2,500,75 I 
2,539,624 
2,577,453 
2,614,490 
2,651,397 
2,688,220 
2,724,824 
2,76 I ,4 IO 
2,798,003 
2,834,602 
237 1,206 
2,907,812 
2,944,418 
2,980,922 

Growth 
Rates Billed % 

19,711 0.8 
29,057 I .2 
38,899 1.6 
38,872 1.6 
37,829 1.5 
37,037 1.4 
36,907 1.4 
36,823 I .4 
36,604 1.4 
36,586 I .3 
36,593 1.3 
36,599 1.3 
36,604 1.3 
36,606 1.3 
36,606 1.3 
36,504 1.2 

Rates Billed 

2,419,493 
2,441,122 
2,467,355 
2,498,353 
2,532,562 
2,567,5 17 
2,605,027 
2,642,592 
2,680,067 
2,7 18,487 
2,757,932 
2,797,858 
2,837,010 
2,876,261 
2,917,108 
2,958,661 

SPRING2011 v~FALL2010 
Rates Billed Yo 

13,303 0.5 
20,73 1 0.8 
33,396 1.4 
41,271 I .7 
44,891 1.8 
46,973 1.8 
46,370 1.8 
45,629 1.7 
44,757 I .7 
42,923 1.6 
40,070 1.5 
36,743 1.3 
34,196 1.2 
31,551 1.1 
27,310 0.9 
22,261 0.8 

Growth 
Per Year 

6,408 
21,629 
26,233 
30,997 
34,210 
34,955 
37,510 
37,565 
37,475 
38,420 
39,445 
39,926 
39,151 
39,251 
40,847 
41,553 

(Load Forecast Pg 17) 
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Residential Rates Billed 

7 7nn nnn 

2,500,000 

2,300,000 

1,500,000 

1,300,000 1 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Yair 

-History +Fall 2010 Forecast +Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTFI 

Yenr Actual Growth Rates Billed Yo 
Rates Billed Rates Billed % Per Year Per Year 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

1,813,867 
1,839,689 
1,872,484 
1,901,335 
1,935,320 
1,971,673 
2,016,104 
2,052,252 
2,059,394 
2,071,877 

49,684 
25,822 
32,795 
28,851 
33,985 
36,353 
44,43 1 
36,149 
7,142 
12,484 

2.8 
1.4 
1.8 
1.5 
1.8 
1.9 History (2005 to 2010) 27,311 1.4 
2.3 History (1995 to 2010) 33,990 I .9 
1.8 
0.3 Spring 201 1 Forecast (2010 to 2026) 29,890 1.3 
0.6 Fall 2010 Forecast (2010 to 2026) 28,3 1 1 1.2 

SPRMG 2011 FORECAST Fall 2010 FORECAST 
Fall 2010 

Year 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 

Rates Billed 

2,087,805 
2,111,339 
2,144,532 
2,177,288 
2,209,204 
2,240,467 
2,271,658 
2,302,781 
2,333,700 
2,364,617 
2,395,539 
2,426*465 
2,457,395 
2,488,332 
2,519,270 
2,550,l I O  

Growtlr 
Rntes Billed 

15,928 
23,534 
33,193 
32,756 
31,915 
3 1,263 
31,192 
31,122 
30,919 
30,918 
30,922 
30,925 
30,931 
30,937 
30,939 
30,840 

% 

0.8 
1.1 
1.6 
1.5 
1.5 
1.4 
1.4 
1.4 
1.3 
I .3 
1.3 
1.3 
1.3 
1.3 
1.2 
1.2 

SPRING 201 1 w. FALL 201 0 
Rates Billed Rates Billed % 

2,074,790 
2,090,384 
2,110,803 
2,136,238 
2.1 64,770 
2,193,961 
2,225,590 
2,257,247 
2,288,808 
2,321,292 
2,354,751 
2,388,605 
2,421,649 
2,454,772 
2,489,476 
2,524,854 

13,016 
20,955 
33,729 
41,051 
44,433 
46,505 
46,068 
45,533 
44,892 
43,325 
40,788 
37,860 
35,747 
33,559 
29,794 
25,256 

0.6 
1 .o 
1.6 
1.9 
2.1 
2.1 
2.1 
2.0 
2.0 
1.9 
1.7 
1.6 
1.5 
1.4 
1.2 
1 .o 

0.8% 
1.0% 
1.2% 
1.3% 
1.3% 
I .4% 
1.4% 
1.4% 
1.4% 
1.4% 
1.4% 
1.4% 
1.4% 
I .4% 
1.4% 

Growth 
Per Yenr 

2,913 
15,594 
20,419 
25,434 
28,533 
29,191 
31,628 
31,658 
31,560 
32,484 
33,459 
33,854 
33,044 
33,124 
34,704 
35,378 

(Load Forecast Pg 18) 
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Commercial Rates Billed 

I 

220,000 J : 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Year 

-History +Fall 2010 Forecast *Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth 
Rates Billed Rates Billed O% 

Rates Billed % 
Per Year Per Year 

2001 295,300 
2002 300,440 
2003 306,540 
2004 3 12,665 
2005 318,827 
2006 324,977 
2007 330,666 
2008 333,873 
2009 332,593 
2010 333,960 

8,805 
5,140 
6,101 
6,125 
6,162 
6,150 
5,689 
3,208 
-1,280 
1.367 

3. I 
I .7 
2.0 
2.0 
2.0 
1.9 History (2005 LO 2010) 3,027 0.9 
1.8 History (1995 Lo 2010) 5.68 1 2.0 

-0.4 Spring 201 I Forecasl(2010 to 2026) 5,622 1.5 
1 .o 

0.4 Fall 2010 Forecast (2010 Lo 2026) 5,831 I .6 

SPRING 2011 FORECAST Fall 2010 FORECAST 
Fall 2010 

Year 

201 1 
2012 
2013 
2014 
2015 
2066 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 

Rates Billed 

337,918 
343,384 
349,077 
355, I 89 
361 , I  23 
366.9 19 
372,660 
378,382 
384,087 
389,777 
395,466 
401,157 
406,848 
412,539 
418,232 
423,917 

Growth 
Rates Billed 

3,958 
5,466 
5,693 
6,112 
5,934 
5,795 
5,741 
5,722 
5,705 
5,690 
5,690 
5,690 
5,691 
5,692 
5,693 
5,685 

% 

I .2 
1.6 
1.7 
I .8 
1.7 
1.6 
1.6 
I .5 
I .5 
1.5 
I .5 
1.4 
1.4 
I .4 
1 A 
I .4 

Rates Billed 

337,920 
343,977 
349,819 
355,484 
361. I97 
366,998 
372,916 
378,856 
384,800 
390,755 
396,748 
402,814 
408,904 
4 15,002 
421,113 
427,255 

SPRING2011 \s.WAJ.,L2010 
Rates Billed Yo 

-2. 0.0 
-593 -0.2 
-742 -0.2 
-295 -0.1 
-73 0.0 
-80 0.0 
-256 -0. I 
-474 -0. I 
-713 -0.2 
-979 -0.3 

-1,281 -0.3 
-1,657 -0.4 
-2,057 -0.5 
-2,463 -0.6 
-2,881 -0.7 
-3.338 -0.8 

Growth 
Per Year 

3,960 
6,057 
5,842 
5,666 
5,713 
5,801 
5,917 
5,941 
5,944 
5,955 
5,992 
6,066 
6,090 
6,098 
6,111 
6,142 

(Load Forecast Pg 19) 
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Total Industrial Rates Billed (Includes Textile and Other Industrial) 

n nnn 
7,""" I 

8,600 - *  

8,200 -. 
3 7.800 -. 

2 

- .- 
m 
g 7,400 -. 

7,000 -. 
6,600 -. 

1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 
YCW 

-History +Fall2010 Forecast +Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth Rates Billed % 
Rates Billed Rates Billed % Per Year Per Year 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

8,265 
7,989 
7,801 
7,591 
7,492 
7,401 
7,309 
7,301 
7,372 
7,248 

-210 
-276 
-188 
-210 
-99 
-9 1 
-92 
-8 
71 

-124 

-2.5 
-3.3 
-2.3 
-2.7 
-1.3 
-1.2 History (2005 to 2010) -49 -0.7 

-0.1 
1.0 Spring 201 1 Forecast (2010 to 2026) -22 -0.3 
-1.7 Fall 2010 Forecast (2010 to 2026) -44 -0.6 

-1.2 History (1995 to 2010) -98 -1.2 

SPREVG 2011 FORECAST Fall 2010 FORECAST 
Fall 2010 

Year 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

Rates Billed 

7,073 
7,130 
7,143 
7,146 
7,126 
7, I04 
7,079 
7,057 
7,037 
7.01 6 
6,997 
6,981 
6,963 
6,941 
6,915 
6,894 

Growth 
Rates Billed 

-175 
57 
13 
3 

-20 
-22 
-26 
-21 
-20 
-2 1 
-19 
-17 
-18 
-22 
-26 
-22 

% 

-2.4 
0.8 
0.2 
0.0 
-0.3 
-0.3 
-0.4 
-0.3 
-0.3 
-0.3 
-0.3 
-0.2 
-0.3 
-0.3 
-0.4 
-0.3 

Rates Billed 

6,783 
6,761 
6,733 
6,631 
6,595 
6,557 
6,522 
6,488 
6,459 
6,440 
6,434 
6,440 
6,457 
6,486 
6,519 
6,551 

SPRING2011 w. FALL2010 
Rates Billed % 

289 4.3 
368 5.4 
409 6.1 
515 7.8 
531 8.0 
547 8.3 
557 8.5 
569 8.8 
578 8.9 
576 8.9 
564 8.8 
541 8.4 
506 7.8 
455 7.0 
397 6.1 
343 5.2 

Growth 
Per Year 

-465 
-22 
-28 
-102 
-36 
-38 
-36 
-34 
-29 
-19 
-6 
6 
17 
29 
33 
32 

(Load Forecast Pg 20) 
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Textile Rates Billed 

I,,"" 

1,300 

1,100 

g 900 

2 700 

500 

e 
(n 

1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Ycnr 

-History +Fall 2010 Forecast *Spring 2011 Forecast 

HISTORY AmRAGE ANNUAL. GROWTH 

Year Actual Growth Rates Billed %e 
Per Year Per Year Rates Billed Rates Billed % 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

1,052 
949 
914 
857 
802 
757 
728 
675 
649 
622 

-129 -10.9 
-103 -9.8 
-35 -3.6 
-57 -6.2 
-56 -6.5 
-45 -5.6 History (2005 to 2010) -36 -4.9 
-29 -3.8 History (1995 to 2010) -52 -5.3 
-53 -7.3 
-26 -3.9 Spring 201 1 Forecast (2010 to 2026) -3 -0.5 
-27 -4.2 Fall 2010 Forecast (2010 to 2026) -14 -2.9 

SPRING 2011 FORECAST Fall 2010 FORECAST 
Fall 2010 

Year 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 

Rates Billed 

623 
621 
618 
616 
613 
609 
606 
602 
599 
595 
592 
588 
585 
581 
576 
573 

Growth 
Rates Billed 

1 
-2 
-2 
-2 
-3 
-4 
-3 
-3 
-4 
-3 
-3 
-4 
-4 
-4 
-5 
-3 

% 

0.1 
-0.3 
-0.4 
-0.4 
-0.5 
-0.6 
-0.6 
-0.6 
-0.6 
-0.6 
-0.6 
-0.6 
-0.7 
-0.7 
-0.8 
-0.6 

Rates Billed 

536 
522 
503 
485 
469 
455 
443 
432 
424 
417 
412 
407 
402 
398 
395 
391 

SPRING2011 vs.FALL2010 
Rates Billed Y O  

86 16.1 
99 19.0 
115 22.8 
131 27.1 
144 30.7 
154 33.8 
163 36.8 
I70 39.3 
175 41.4 
178 42.7 
180 43.8 
182 44.7 
183 45.5 
182 45.8 
181 45.9 
182 46.5 

Growth 
Per Year 

-86 
-15 
-18 
-19 
-16 
-14 
-12 
-1 I 
-9 
-7 
-5 
-5 
-5 
-3 
-3 
-4 

(Load Forecast Pg 21) 
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Other Industrial Rates Billed 

7,600 1 1 

6,200 

6,000 
1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

Ycar 

-History -W- Fall 20 10 Forecast -0- Spring 20 1 1 Forccast 

HISTORY AVERAGE ANNUAL GROWTH 

Year Actual Growth Rates Billed Yo 
Rates Billed Rates Billed % Per Year Per Year 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

7,2 13 
7,040 
6,887 
6,733 
6,690 
6,644 
6,581 
6,626 
6,723 
6,626 

-81 -1.1 
-173 -2.4 
-153 -2.2 
-154 -2.2 
-43 -0.6 

-63 -0.9 History (1995 to 2010) 4 6  -0.7 
45 0.7 

-97 -1.4 Fall 2010 Forecast (2010 to 2026) -29 -0.5 

-47 -0.7 History (2005 to 2010) -13 -0.2 

97 1.5 Spring 201 I Forecast (2010 to 2026) -19 -0.3 

SPRING 2011 FORECAST Fall 2010 FORECAST 
Fall 2010 

Year 

201 I 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
202 1 
2022 
2023 
2024 
2025 
2026 

Rates Billed 

6,450 
6,509 
6,524 
6,530 
6,513 
6,495 
6,473 
6,455 
6,438 
6,420 
6,405 
6,392 
6,378 
6,360 
6,339 
6.321 

Growth 
Rates Billed 

-176 
59 
15 
6 

-17 
-18 
-22 
-18 
-17 
-18 
-15 
-13 
-14 
-18 
-21 
-18 

% 

-2.7 
0.9 
0.2 
0.1 
-0.3 
-0.3 
-0.3 
-0.3 
-0.3 
-0.3 
-0.2 
-0.2 
-0.2 
-0.3 
-0.3 
-0.3 

Rates Billed 

6,247 
6,240 
6,230 
6,146 
6,126 
6,102 
6,079 
6,056 
6,036 
6,023 
6,022 
6,033 
6,055 
6,088 
6,124 
6.160 

SPRING2011 w.FALL2010 
Rates Billed % 

203 3.2 
269 4.3 
294 4.7 
384 6.2 
387 6.3 
393 6.4 
394 6.5 
399 6.6 
403 6.7 
398 6.6 
383 6.4 
359 5.9 
323 5.3 
273 4.5 
216 3.5 
161 2.6 

Growth 
Per Year 

-379 
-8 
-10 
-84 
-20 
-24 
-23 
-23 
-20 
-13 
-1  
11 
22 
32 
36 
36 

(Load Forecast Pg 22) 
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(Load Forecast Pg 23) 
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' The Summer peak forecast represents the maxirnum coincidental demand during the 

' well as wholesale customers to whom Duke provides full or partial service. It 
summer season on the Duke Energy Carolinas system. It includes all Retail classes as 

represents the Integrated Resource Plan load that Duke is obligated to serve. It is 
expressed in MW at the point of generation and includes losses. 

Adjustments were made to the peak forecast associated with price increases due to a 
Carbon Tax starting in 2015 and peak additions from the expected growth in Plug-in 
Hybrid Electric Vehicles (PHEV) in the forecast beginning in 201 1. Adjustments were 
also made to reflect the impacts of utility sponsored energy efficiency programs. 

Growth Forecasts 

The new forecast projects an incremental growth of 345 MW or 1.7% per year for 
201 1-2026. The previous forecast growth was 334 MW or 1.7% per year for 201 1 - 
2026. 

(Load Forecast Pg 24) 
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System Summer IMW (IRP Load) 

26,000 

24,000 

14,000 

I2.000 
1995 1998 2001 2004 2007 2010 2013 2016 2019 2022 

Y car 

-TC History +Fall2010 Forecast *Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 
Weather 

Year Normnlized Groivtli Mw % 
Per Year Per Year Mw Mw Yo 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

16,748 
16,919 
16,915 
17,285 
17,497 
17,439 
17,698 
17,670 
17,100 
17,088 

-79 
171 
-4 
370 
212 
-58 
259 
-28 
-570 
-12 

-0.5 
1 .o 
0.0 
2.2 
1.2 

1.5 History (1995 to 2010) 140 0.9 
-0.2 
-3.2 Spring 201 I Forecast (2010 to 2026) 353 I .8 
a. 1 Fall 2010 Forecast (2010 to 2026) 333 I .7 

-0.3 History (2005 to 2010) -82 5.5 

SPRING 2011 FORECAST Fall 2010 FORECAST 

Growth SPRINGZOII vs.F&LZOlO 
Year Mw Mw Yo Mw Mw % 

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
2019 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

17,557 
17,812 
18,245 
18,680 
19,032 
19,476 
19,877 
20,265 
20,644 
20,901 
21,214 
21,530 
21,836 
22,135 
22,465 
22,733 

469 2.7 
255 1.5 
433 2.4 
435 2.4 
352 1.9 
444 2.3 
40 1 2.1 
388 2.0 
379 1.9 
257 1.2 
313 1.5 
316 I .5 
306 1.4 
299 1.4 
330 1.5 
268 I .2 

17,418 
17,659 
17,893 
18,216 
18,582 
18,983 
19,372 
19,790 
20,172 
20,498 
20,788 
21,101 
2 I ,425 
21,759 
22,085 
22,423 

I39 
153 
352 
464 
450 
493 
505 
475 
472 
403 
426 
429 
41 I 
376 
380 
310 

0.8 
0.9 
2.0 
2.5 
2.4 
2.6 
2.6 
2.4 
2.3 
2.0 
2.0 
2.0 
1.9 
1.7 
1.7 
1.4 

Fall 2010 
GroWh 

Per Year 

330 
24 1 
234 
323 
366 
40 1 
389 
418 
382 
326 
290 
313 
324 
334 
326 
338 

(Load Forecast Pg 25) 
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The Summer peak forecast representsthe maximum coincidental demand duringthe 
summerseason on the Duke Energy Carolinassystem. It includes all Retail classes as well 
aswholesale customerstowhom Duke providesfull or partial service. I t  representsthe 
Integrated Resource Plan load that Duke is obligatedto serve. It is expressed in MW at  the 
point of generation and includes losses. x 
Adjustments were made to  the peak forecast associated with price increases due to a 3 
Carbon Tax starting in 2015 and peak additions from the expected growth in Plug-in Hybrid 7 

73 Electric Vehicles (PHEV) in the forecast beginning in 2011. Adjustments were also made to 
reflectthe impacts of utility sponsored energy efficiency programs. n 

b 
Fuy 

Growth Forecasts 

The new Forecast projects an incremental growth of 323 MW or 1.7% per year from 
201 1-2026. The previous forecast growth was 308 h4W or 1.6% per year from 
201 1-2026. 

(Load Forecast Pg 26) 
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System Winter MW 

22.000 + 

12,000 4 
2000 2003 2006 2009 2012 2015 2018 2021 2024 

V"". 

-TC History +Fall2010 Forecast +Spring 2011 Forecast 

HISTORY AVERAGE ANNUAL GROWTH 
Weather 

Year Normalized Growth Mw Yo 
Mw Mw % Per Year Per Year 

2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
2010 

15,071 
14,565 
14,626 
14,770 
16,054 
15,193 
15,936 
16,065 
16,723 
16,893 

486 
-506 
61 
144 

1,285 
-861 
742 
130 
657 
170 

3.3 
-3.4 
0.4 
1 .o 
8.7 
-5.4 History (2005 to 2010) 168 1.0 
4.9 History (2000 to 2010) 231 I .5 
0.8 
4.1 Spring 2011 Forecast (2010 to 2026) 316 1.7 
I .o Fall 2010 Forecast (2010 to 2026) 296 1.6 

SPRING 2011 FORECAST Fall 2010 FORECAST 

Grovvth SPRING2011 w. FALL2010 
Year Mw Mw % Mw Mw Y O  

201 1 
2012 
2013 
2014 
2015 
2016 
2017 
2018 
201 9 
2020 
2021 
2022 
2023 
2024 
2025 
2026 

17,115 
17,359 
17,773 
18,177 
18,543 
18,891 
19,305 
19,694 
20,042 
20,304 
20,492 
20,835 
21,124 
21,412 
2 1,697 
21,956 

222 1.3 
243 1.4 
414 2.4 
404 2.3 
366 2.0 
348 1.9 
414 2.2 
388 2.0 
348 1.8 
262 1.3 
188 0.9 
343 1.7 
288 1.4 
288 1.4 
285 1.3 
259 1.2 

17,004 
17,204 
17,455 
17,767 
18,111 
18,485 
18,848 
19,234 
19,582 
19,873 
20.150 
20,434 
20,729 
21,028 
21,326 
21,631 

111 
155 
318 
410 
432 
406 
457 
460 
460 
43 1 
342 
401 
395 
384 
37 1 
325 

0.7 
0.9 
1.8 
2.3 
2.4 
2.2 
2.4 
2.4 
2.4 
2.2 
1.7 
2.0 
1.9 
1.8 
1.7 
1.5 

Fall 2010 
Croirth 

Per Year 

111 
200 
25 1 
312 
344 
374 
363 
386 
348 
291 
277 
284 
295 
299 
298 
305 

(Load Forecast Pg 27) 
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The system load factor represents the relationship between annual energy and 
the maximum demand for the Duke Energy Carolinas' system. It is measured 
at generation level and excludes off-system sales and peaks. 

t 62.0% 

61 .O% 

55.0% 1 I 

1990 1993 1996 1999 2002 2005 2008 2011 2014 2017 2020 2023 

-History +Fall 2010 Forecast +Spring201 1 Forecast 

(Load Forecast Pg 28) 
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APPENDIX C: SUPPLY-SIDE SCREENING 

The following sets of estimated Levelized Busbar Cost6 charts provide an economic 
comparison of the technologies in their respective categories. Busbar charts 
comparisons involving some renewable resources, particularly wind and solar resources, 
can be somewhat misleading because these resources do not contribute their full installed 
capacity at the time of the system peak7. Since busbar charts attempt to levelize and 
compare costs on an installed kW basis, wind and solar resources appear to be more 
economic than they would be if the comparison was performed on a peak kW basis. The 
Renewables Busbar Chart shows a single point for each type of resource at the particular 
capacity factor specified. Also, the capacity (MW size) of the Baseload and 
Peakhtermediate technology categories are listed in the chart legends, and tabular 
listings below. The expected energy (MWh) at any given capacity factor (whether along 
a continuous line, or a specific point) may be determined by the following formula: 
Expected Energy (MWh) = 8,760 x Capacity (MW size) x Capacity Factor (%/lOO). 

Busbar Charts by Technology Category - Base 201 1 Fundamentals Carbon Scenario 

The following technologies are found on the baseload technologies screening chart: 

1) 2 x 1,117 MWNuclear 
2) 800 MW Supercritical Coal 
3) 800 MW Supercritical Coal with Carbon Capture and Storage at 90% 
4) 630 MW IGCC Coal 
5) 630 MW IGCC with Carbon Capture and Storage at 90% 

M i l e  these estimated levelized busbar costs provide a reasonable basis for initial screening of 
technologies, simple busbar cost information has limitations. In isolation, busbar cost information has 
limited applicability in decision-making because it is highly dependent on the circumstances being 
considered. A complete analysis of feasible technologies must include consideration of the 
interdependence of the technologies within the context of Duke Energy Carolinas’ existing generation 
portfolio. 

For purposes of this IRP, wind resources are assumed to contribute 15% of installed capacity at the time 
of peak and solar resources are assumed to contribute 50% of installed capacity at the time of peak. 

138 



Baseioad Technologies Screening 2011-2031 

C 
0 
N 
F 
I 
D 
E 
N 
T 
I 
A 
L 

New un-sequestered coal generation is the lowest cost baseload option. However, 
baseload coal was not considered in the detailed portfolio evaluation due to EPA’s 
pursuit of GHG regulation on new and existing coal units. 

Nuclear becomes economic compared to IGCC at about 60% capacity factor. It is 
important to note that the capital and operating costs for carbon capture technology are 
still the subjects of ongoing industry studies and research, along with the feasibility and 
costs of geological sequestration of CO:! once it is captured. The sequestration geology is 
not favorable in the Carolinas. 

Intermediate and Peaking 

The following technologies are found on the peuintermediate technologies screening 
chart: 

1) 4x204 MW Simple-Cycle CT 
2) 460 MW Unfired + 150 MW Duct Fired + 40 MW Inlet Evaporative 

3) 460 MW Unfired + 40 MW Inlet Evaporative Cooler Combined Cycle 
Cooler Combined Cycle (650MvJ total) 

(500 MW total) 
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-C-I6OMW Unllied I- 150 MW Duct Flied (OFF) 4-10 HW Inlet EvaponUve Coolei Combined Cycle . 2x1-7FA 

Peak 1 Intermediate Technologies Screening 2011-2031 

~ 

The simple-cycle CT unit makes up the lower envelope of the curves up to about 35% 
capacity factor, where the unfired option is the most economic over the rest of the 
capacity factor range. 

Duct firing in a CC unit is a process to introduce more fuel (heat) directly into the 
combustion turbine exhaust (waste heat) stream, by way of a duct burner, to increase the 
temperature of the exhaust gases entering the Heat Recovery Steam Generator (HRSG). 
This additional heat allows the production of additional steam to produce more electricity 
in the steam (bottoming) cycle of a CC unit. It is a low cost ($kW installed cost) way to 
increase power (MW) output during times of very high electrical demands and/or system 
emergencies. However, it adversely impacts the efficiency (raises the heat rate) and 
thereby dramatically increases the operating cost of a CC unit (notice the much steeper 
slope of the duct firing ''Onrr cases in the screening curve charts). Duct firing also 
increases emissions, generally resulting in a very limited number of hours per year that 
duct firing is allowed within operating permits. 

Within the screening curves, the estimated capital cost for a combined cycle unit always 
includes the duct burner and related equipment. The two curves, one "On," and one 
"Off," are intended to show the efficiency loss (steeper slope) when the duct burner is 
"On", but also show that even with the duct burner "Onr' the efficiency (slope) is still 
better than a simple-cycle CT unit (much steeper slope). The duct burner "Off' curve is 
where the combined cycle unit will operate most of the time, and this is the one best 

140 



compared with all other candidate technologies 
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Renewables 

The following technologies are found on the renewable technologies screening chart: 
1) 150 MW Wind 
2) 25 MW Solar Photovoltaic 
3) 100 MW Woody Biomass 

One must remember that busbar charts comparisons involving some renewable resources, 
particularly wind and solar resources can be somewhat misleading because these 
resources do not contribute their full installed capacity at the time of the system peak*. 
Since busbar charts attempt to levelize and compare costs on an installed kW basis, wind 
and solar resources appear to be more economic than they would be if the comparison 
was performed on a peak kW basis. 

Since these renewable technologies either have no C02 emissions or are deemed to be 
carbon neutral, the cost of C02 emissions does not impact their operating cost. Wind 
appears to be the least cost renewable alternative through its maximum practical capacity 

For purposes of this IRP, wind resources are assumed to contribute 15% of installed capacity at the time 
of peak and solar resources are assumed to contribute 50% of installed capacity at the time of peak. 
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factor range. Woody biomass is next throughout its entire capacity range. The Solar 
Photovoltaic is the most costly renewable within the renewable category. 
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APPENDIX D: DEMAND SIDE MANAGEMENT ACTIVATION HISTORY 

Program 
Air Conditioners 
Standby Generator 

Interruptible Service 

Powershare Generator 
Powershare Mandatory 
Powershare Voluntary 

D E W  
Time Reduction Reduction Activation 

Times Activated Expected Achieved Date 
Economic Event 113 MW Verifying 0612 1/20 1 1 
Einergency Event 48 M w  54 M w  06/01/2011 
Monthly Tests 
Einergency Event 145 M w  147 M w  06/01/2011 
Coimnunication Test N/A N/A 05/12/2011 
Emergency Event 11 M w  8 MW 06/01/2011 
Emergency Event 280 Mw 325 M w  06/01/2011 
Econoinic Event N/A 14 MW 12/15/2010 
Economic Event N/A 1 MW 06/01/20 1 1 
Economic Event NIA 16 MW 06/02/2011 

Frame 
09/10- 

Econoinic Event 
Economic Event 
Economic Event 
Econoinic Event 
Econoinic Event 
Economic Event 
Econoinic Event 

0611 1 

0.2 MW 0.2 MW 12/14/2010 
0.2 M w  0.2 M w  12/15/2010 
0.2 Mw 0.2 M w  01/13/2011 
46 MW'b* 50 Mw 6/14/20 10 
50 MW 45 M w  611 51201 0 
103 Mw** 102 M w  6/23/2010 
90 M w  81 Mw 07/07/20 10 

9/09 - 
9/10* 

Econoinic Event 
Economic Event 
Economic Event 
Econoinic Event 
Monthly Test 
Coimnunication Test 
Econoinic Event 

9/08 -9109 

90 M w  87 M w  07/08/2010 
99 M w  103 M w  07/22/20 10 
114MW 114Mw 07/23/2010 
107 M w  107 M w  08/05/2010 

N/A NIA 6/8/2010 
N/A 13 M w  611 51201 0 

3E MANAGEMENT ACTIVATION HISTORY 
I I t I I 

Econoinic Event 
Econoinic Event 
Economic Event 
Economic Event 
Econoinic Event 
Economic Event 
Economic Event 

PowerShareCallOption Econoinic Event 
Economic Event 
Economic Event 

SOC Full Shed Test 
Air Conditioners Cycling Event 

Water Heaters 
Standby Generators 
Interruptible Service 1 Coimnunication Test 

N/A 17 M w  61231201 0 
N/A 9 M w  7/7/2010 
N/A 7 M w  7/8/20 10 
N/A 7 M w  7/23/2010 
N/A 28 Mw 7/29/20 10 
N/A 5 MW 8/4/20 10 
N/A 7 M w  8/5/2010 

0.2 M w  0.2 MW 07/07/2010 
0.2 M w  0.2 M w  07/08/20 10 
0.2 MW 0.2 Mw 08/O5/20 10 

30 M w  8/10/2009 
NIA N/A 811 112009 

I N/A I N/A I 5/6/2009 I 

Powershare Calloption 

Air Conditioners 

Standby Generators 
Interruptible Service 
Powershare Voluntary 
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Time 
Frame 

9/01 - 9/08 
Times Activated 

8/06 - 8/07 

8/05 - 1/06 

Reduction Reduction Activation 
Expected Achieved Date 

8/04 - 1/05 

Comnunication Test 
Cycling Test 
Load Test (PLC only) 

8/03 - 1/04 

N/A N/A 5/6/2008 
N/A N/A 8/30/2007 
N/A N/A 8/7/2007 

Program 
Air Conditioners 
Water Heaters 
Standby Generators 
Interruptible Service 

Load Test 
Cycling Test 
Load Test (PLC only) 
Load Test 

Capacity Need 
Capacity Need 
Capacity Need 
Capacity Need 

Air Conditioners 

120 Mw 88 MW 81212 007 
N/A N/A 8/30/2007 
N/A N/A 8/7/2007 
2 M w  Included in Air 8/2/2007 

Conditioners. 
82 Mw 88 MW 8/10/2007 
82 MW 90 MW 8/9/2007 
82 Mw 79MW 8/8/2007 
82MW 85 MW 8/1/2006 

Water Heaters 

Monthly Test 
Capacity Need 
Capacity Need 
Capacity Need 
Coinmunication Test 
Load Test 
Cycling Test 
Cycling Test 
Load Test 

Cycling Test 
Cycling Test 
Monthly Test 
Communication Test 

Standby Generators 

306 MW 301 MW 8/10/2007 
306 Mw 323 MW 8/9/2007 
341 Mw 391 MW 8/1/2006 

N/A N/A 4/24/2007 
ll0MW 107 MW 6/21/2006 

N/A N/A 9/21/2005 
N/A N/A 9/20/2005 
2 M w  Included in Air 6/21/2006 

Conditioners. 
N/A N/A 9/21/2005 
N/A N/A 9/20/2005 

N/A N/A 4/25/2006 

Interruptible Service 

Load Test 
Cycling Test 
Cycling Test 
Load Test 

Cycling Test 
Cycling Test 

Air Conditioners 

140 MW 148 MW 7/21/2005 
N/A N/A 8/19/2004 
N/A N/A 811 8/2004 
2 M w  Included in Air 7/21/2005 

Conditioners. 
N/A N/A 811 9/2004 
N/A N/A 811 812004 

Water Heaters 

Cycling Test 

Standby Generators 

N/A N/A 1 8/20/2003 

Interruptible Service 

Cycling Test 

Air Conditioners 

Water Heaters 

N/A N/A I 8/20/2003 

Standby Generators 

Communication Test 

Air Conditioners 

N/A N/A I 4/28/2004 

Water Heaters 
Standby Generators 
Interruptible Service 

I I I 

Monthly Test 
Load Test I ll0MW I 170 MW I 7/14/2004 
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Program 
Air Conditioners Load Test I 120MW I 195 MW 1 

Water Heaters 

7/16/2003 

Standby Generators 

Cycling Test N/A N/A 
Cycling Test N/A N/A 
Load Test 82 MW 122 MW 
Load Test 5 M w  Included in Air 

Cycling Test NIA N/A 
Cycling Test N/A N/A 
Load Test 6 M w  Included in Air 

Monthly Test 
Communication Test N/A N/A 
Communication Test N/A N/A 
Cycling Test N/A N/A 
Cycling Test N/A N/A 
Cycling Test N/A N/A 
Load Test 150 MW 151 MW 
Cycling Test N/A N/A 
Cycling Test N/A N/A 
Cycling Test N/A N/A 
Load Test 

Conditioners. 

Conditioners. 

Interruptible Service 

611 812003 
911 812002 
8/21/2002 
711 612003 

611 812003 
911 812002 
8/21/2002 

5/7/2003 
11/19/2002 
7/17/2002 
6/19/2002 
813 1/2001 
811 712001 
7/17/2002 
6/19/2002 
8/31/2001 

Air Conditioners 

Monthly Test 
Capacity Need 
Communication Test 
Communication Test 
Communication Test 
Capacity Need 
Monthly Test 
Communication Test 
Load Test 
Load Test 

Capacity Need 
Monthly Test 
Communication Test 
Communication Test 

Water Heaters 

problems. 

403 MW 370 MW 6/13/2002 
N/A N/A 411 712002 
N/A N/A 9/14/2000 
N/A N/A 911 4/2000 
70 MW 70 MW 8/7/2000 

N/A N/A 5/8/2001 

6 M W  Included in Air 611 5/2000 
Conditioners. 

70 MW 70 MW 7/2/2000 

N/A N/A 5/17/2000 
N/A N/A 10/20/1999 

170-200 MW 175-200 MW 611 5/2000 

Standby Generators 

Interruptible Service 

Air Conditioners 
Water Heaters 
Standby Generators 

Interruptible Service 
Air Conditioners 
Water Heaters 

Standby Generators 

Interruptible Service 
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Time 
Program Times Activated 

Standby Generators Monthly Test 
Interruptible Service Communication Test 

Frame 
9/98 - 7/99 

Reduction Reduction Activation 
Expected Achieved Date 

NIA N/A 511 1/1999 

9/97 - 9/98 Air Conditioners 
Water Heaters 

Standby Generators 

9/96 - 9/97 

Communication Test NIA N/A 10/27/1998 
Load Test 180 M W  170 MW 811 811 998 
Load Test 7 M W  7MW 8/18/1998 
Communication Test N/A N/A 512911 998 
Capacity Need 68 MW 58 MW 8/31/1998 
Capacity Need 68 MW 58 M W  6/12/1998 

"Startin 

Interruptible Service 
Monthly Test 
Capacity Need 570 MW 500 MW 813 111998 
Coimunication Test N/A N/A 512911 998 

Air Conditioners Communication Test NIA 
Standby Generators Capacity Need 62 MW 

Capacity Need 62 MW 
Capacity Need 62 MW 
Capacity Need 62 MW 
Monthly Test 

Interruptible Service Capacity Need 650 MW 
Coimnunication Tests N/A 
Comnunication Tests NIA 

N/A 6/17/1997 
50 MW 7/28/1997 
50 MW 711511 997 
50 MW 711411 997 
50 MW 12/20/1996 

550 MW 7/28/1997 
N/A 6/17/1997 
N/A 1011 611 996 

I _  

**Corrected numbers froin previous table filed. 
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APPENDIX E: PROPOSED GENERATING UNITS AT LOCATIONS NOT 
KNOWN 

A list of proposed generating units at locations not known with capacity, plant type, and 
date of operation included to the extent known: 

Line 12 of the LCR Table for Duke Energy Carolinas identifies cumulative future 
resource additions needed to meet customer load reliably. Resource additions may be a 
combination of short/long-term capacity purchases from the wholesale market, capacity 
purchase options, and building or contracting of new generation 
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APPENDIX F: TRANSMISSION LINES AND OTHER ASSOCIATED 
FACILITIES PLANNED OR UNDER CONSTRUCTION 

There are no significant planned construction projects on the Duke Energy Carolinas’ 
transmission system. 

In addition, NCUC Rule R8-62(p) requires the following information. 

1. For existing lines, the information required on FERC Form 1, pages 422,423,424 and 
425: (Please see Appendix J for Duke Energy Carolinas’ current FERC Form 1 pages 
422,423,422.1,423.1,422.2,423.2,423.3,424,425, and 450.1.) 

2. For lines under construction: 
0 Commission docket number 
e Location of end point(s) 
e Length 
0 Range of right-of-way width 
0 Range of tower heights 
0 Number of circuits 
0 Operating voltage 
0 Design capacity 
e Date construction started 
0 Projected in-service date 

3. For all other proposed lines, as the information becomes available: 
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GENERATION A N D  ASSOCIATED TRANSMISSION FACILITIES SUBJECT 
TO CONSTRUCTION DELAYS 

A list of any generation and associated transmission facilities under construction which 
have delays of over six months in the previously reported in-service dates and the major 
causes of such delays. Upon request @om the NCUC Stafi the reporting utility shall 
supply a statement of the economic impact of such delays: 

There are no delays over six months in the stated in-service dates. 

2011 FERC Form 715 

The 201 1 FERC Form 71 5 filed April 201 1, is confidential and filed under seal. 
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APPENDIX G: OTHER INFORMATION (ECONOMIC DEVELOPMENT) 

Customers Served Under Economic Development: 

In the NCUC Order issued in Docket No. E-100, Sub 97, dated November 15, 2002, the 
NCUC ordered North Carolina utilities to review the combined effects of existing 
economic development rates within the approved IRP process and file the results in its 
short-term action plan. There are no significant changes to the incremental load 
(demand) for which customers are receiving credits under economic development rates 
andor self-generation deferral rates (Rider EC), as well as economic redevelopment rates 
(Rider ER) since the 2010 Carolinas IRP. 

162 



APPENDIX H: NON-UTILITY GENERATION/CUSTOMXR-OWNED 
GENERATION/STAND-BY GENERATION: 

In NCUC Order in Docket No. E-100, Sub 11 1 , dated July 11 , 2007, the NCUC required 
North Carolina utilities to provide a separate list of all non-utility electric generating 
facilities in the North Carolina portion of their control areas, including customer-owned 
and standby generating facilities, to the extent possible. Duke Energy Carolinas’ response 
to that Order was based on the best available information, and the Company has not 
attempted to independently validate it. In addition, some of that information duplicates 
data that Duke Energy Carolinas supplies elsewhere in this IRP. 

The Company has continued to add small non-utility electric generation in 2011. A 
separate list is not included in the 201 1 IRP, however the total additions are reflected in 
Tables 5.E and 5.F, and the Company has included a full list in its annual status report 
filed in Docket No. E-100, Sub 41B. 
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APPENDIX I: WHOLESALE PROJECTIONS FROM EXISTING AND 
POTENTIAL CUSTOMERS 

Table 1.1 below provides the historical and projected growth in peak loads for the 
Company’s wholesale customers. The values are summer peaks at generation. The 
wholesale customer growth rates vary and none are the same as the historical growth rate 
in Duke Energy Carolinas’ retail load. With respect to wholesale sales contracts, the 
Company has developed econometric forecasting models for the larger wholesale 
customer in a process similar to that used for retail to produce MWH sales forecasts. For 
smaller wholesale customers, however, their forecasted growth is assumed to be the same 
as Duke Energy Carolinas’ retail growth. 

It is important to note that the growth rates for Central and NCEMC Supplemental 
Requirements) are primarily driven by terms of the contract. The Central Sale provides 
for a seven year “step-in” to Central’s full load requirement such that the Company will 
provide 15% of Central’s total member cooperative load in Duke’s Balancing Authority 
Area requirement in 2013. This initial load requirement will be followed by subsequent 
15% annual increases in load over the following six years up to a total of 100% of 
Central’s load requirements. The NCEMC Supplemental Requirements sale is essentially 
a fixed quantity of capacity and energy specified by the contract 

The wholesale sales contracts, shown in Table 3.D’ are net of resources provided by the 
customer. 
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TABLE I. 1 (CONFIDENTIAL) 
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APPENDIX J: CARBON NEUTRALITY PLAN 

by end of 2016 550 1159 Note2 
by end of 2018 800 1159 

Greenhouse Gas Reduction Compliance Plan - Cliffside Unit 6 

by end of 201 1 
by end of 2012 

by end of 201 5 

On January 29, 2008, the NCDAQ issued the Air Quality Permit to Duke Energy 
Carolinas for the Cliffside Unit 6. The Permit specifically requires that Duke Energy 
Carolinas implement a Greenhouse Gas Reduction Plan (Greenhouse Plan), and 
specifically obligates Duke Energy Carolinas to take the following actions in recognition 
of NCDAQ's issuance of the Permit for Cliffside Unit 6: (1) retire 800 M W s  of coal 
capacity in North Carolina in accordance with the schedule set forth in Table J.1, which 
is in addition to the retirement of Cliffside Units 1 - 4; (2) accomodate, to the extent 
practicable, the installation and operations of hture carbon control technology; and (3) 
take additional actions to make Cliffside Unit 6 carbon neutral by 201 8. 

IRP 
Retirement 

Greenhouse Plan Schedule Description for IRP 
Retirement Capacity in Retirement Schedule 

Schedule MW (Per 
Capacity in MW Table 5.D)' 

113 Buck3&4 
389 DanRiver 1-3 

Riverbend 4 - 7, Buck 5 
350 1159 & 6  

With regard to obligation (1) identified above, as shown in Table J. 1 below, Duke Energy 
Carolinas proposes to retire up to the following generating units to satisfy the required 
retirement schedule set forth in the Greenhouse Plan. 

Table J . l -  Cumulative Coal Plant Retirements 

obligation were put in this table. References will be updated with the 201 1 IRP. 

to 50%. 
The IRP Retirement Schedule indicates that the retirements would exceed the Greenhouse Plan by close 

With respect to obligation (2) listed above, the requirement to build Cliffside Unit 6 to 
accommodate future carbon technologies has been met by allocating space at the 1100 
acre site for this equipment and incorporating practical energy efficiency designs into the 
plant. 

With respect to obligation (3) to render Cliffside Unit 6 carbon neutral by 2018, the 
proposed plan to achieve this requirement is set forth below. The Greenhouse Gas 
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Reduction Plan states that the plan for carbon neutrality: 

may include energy efficiency, carbon fiee tarifs, purchase of credits, domestic and 
international ofsets, additional retirements or reduction in fossil fuel usage as carbon 
fiee generation becomes available, and carbon reduction through the development of 
smart grid, plug in hybrid electric vehicles or other carbon mitigation projects. Such 
actions will be included in plans to be filed with the NCUC and will be subject to NCUC 
approval, including appropriate cost recovery of such actions. In addition, the plans 
shall be submitted to the Division of Air Qualiv, which will evaluate the efect of the 
plans on carbon, andprovide its conclusions to the NCUC. 

Duke Energy Carolinas is including the plan for carbon neutrality in this 201 1 IRP in 
order to satisfy the requirement to file and seek approval of the plan fi-om the NCUC as 
required by the NCDAQ Air Permit. 

The estimated emissions reductions required to render Cliffside Unit 6 carbon neutral in 
2018 is approximately 5.3 million tons of carbon dioxide (the Emission Reduction 
Requirement). The Company calculated the estimated emission reductions by estimating 
the actual tons of carbon dioxide emissions that will be released per year &om Cliffside 
Unit 6 less 68 1,954 tons of carbon dioxide emissions that was historically generated from 
Cliffside Units 1 - 4 and will be eliminated by the retirement of these units. (See Table 
J .2 below .) 

‘The emissions attributable to coal plant retirements are identified as the highest two year average CO? 
emissions for the five years prior to the operations of Unit 6 in 2012, consistent with the methodology for 
calculating emissions for major modification under the Clean Air Act Prevention of Significant 
Deterioration regulations. 

The Company’s plan for meeting the Emissions Reductions Requirements includes 
actions from multiple categories and associated methodologies for determining the offset 
value k n o w  as “Qualifllng Actions” (defined below and as further indicated in Table 
J.3). The Company requests approval from the NCUC of the method of calculating the 
Emission Reduction Requirements and emissions offset values of the Qualifying Actions 
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during the 201 1 IRP review process. 

For 2018, the Company has identified approximately 9.9 million annual tons of carbon 
dioxide emissions reductions and a life-time credit of 600,000 tons of carbon dioxide bio- 
sequestration as eligible Qualifying Actions. (See Table J.3) The Qualifying Actions 
include the avoidance of carbon dioxide emission releases from coal plant retirements, 
addition of renewable resources, implementation of energy efficiency measures, nuclear 
and hydropower capacity upgrades. This also includes the expected retirement of coal- 
fired operations at Lee Units 1, 2 and 3 in South Carolina in 2015. In addition, carbon 
dioxide bio-sequestration offsets fiom the Greentrees program, which sequesters carbon 
as trees grow, is identified as a Qualifying Action. 

While the reductions associated for retirements for each of the coal plants shall be the 
same each year, the reductions for the remaining Qualifying Actions will vary based on 
actual results for each of the categories and the then current system carbon intensity 
factor. The system carbon intensity factor shall be equal to the actual carbon dioxide 
emissions of all Company-owned generation dedicated for Duke Energy Carolina 
customers divided by the megawatt hours generated by those same resources (the 
“Conversion Factor”). 
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Categories Tons of COz 
Equivalent 

Buck 3 
Buck 4 
Buck 5 

Emissions 
2 16,202 
139,429 
606.837 

Riverbend 4 
Riverbend 5 
Riverbend 6 

390,965 
783,658 

Conservation 1,189,268 

462,3 14 
435,895 
684,O 10 

Dan River 3 
Lee 1 

560,920 I 1 Nuclear Uprates 

677,334 
335,583 

Renewable Energy 

Bridgewater Hydro 

! emission reductions 
Methodology Description 

1,068,370 

7,997 

Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 

I Total Annual 

Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 

9,455,509 

Average of emissions in 2007 & 2 
Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 
Average of emissions in 2007 & 2008’ 
In 2018,2,973,170 MWH ‘‘Conservation and 
Demand Side Management Programs”‘ is 
multiplied by a Conversion Factor of 0.40. 
In 2018,610 MW per the Table 8.E “MW 
Nameplate Capa~ity”.~ Is multiplied by an 
assumed 30% (wind), 20% (solar), and 85% 
(biomass) capacity factor and a Conversion 
Factor of 0.40. 
See Note 5 in the “Assumptions of Load, 
Capacity, and Reserve Table” indicates 8.75 
MW increase in capacity. This is multiplied by 
a 26% capacity factor and a Conversion Factor 
of 0.40. 
Assumed 174 MW of nuclear uprates by June 
of 201 8.4 Assumed a 92% capacity factor and 
a Conversion Factor of 0.40. 

’ The emissions attributable to coal plant retirements are identified as the highest two year average COZ. 
emissions for the five years prior to the operations of Unit 6 in 2012, consistent with the methodology for 
calculating emissions for major modifications under the Clean Air Act Prevention of Significant 
Deterioration regulations. Company reserves the right to use any credits for reduction of nitrogen oxide, 
sulfur dioxide and carbon dioxide emissions generated by retirement of units retired under the plan 
consistent with provisions of State and federal law. 

Data is from Table 4.A, page 34 of the 201 1 KRP. 
Data is from the Table 8.E on page 93 of the 201 1 KRP. Actual nameplate capacity is 610 MW. The 

Data is a portion of the total capacity addition on page 87 of 201 1 IRP prior to June 2018. 
Lee Units 1, 2 and 3 are planned for retirement by January 1, 2015. Alternatively, Duke Energy is 

considering converting one or more of these units to natural gas to allow continued operation for peak 

contribution to peak is 304 MW. 
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generation demand only (at a low annual capacity factor). Any CO2 from operating with natural gas would 
be subtracted from the reductions shown in the table. 

If the method described above is approved, Duke Energy Carolinas shall provide a 
compliance report (Compliance Reports) in the 2019 IRP filing indicating what 
Qualifying Actions were used to meet the Emission Reduction Requirement in 201 8. 
The expected Qualifylng Actions total of 9.9 million tons of emission reductions by 
201 8. The Company’s proposed Qualifylng Actions clearly demonstrate that identified 
reductions can more than exceed the Required Emissions Reduction estimate of 5.3 
million tons. The Company therefore requests the ability to alter the mix of actions 
undertaken, and even to eliminate some completely, in its discretion so long as the annual 
emissions reductions achieved total at least 5.3 million tons in accordance with the 
NCDAQ Air Permit. 
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APPENDIX: K CROSS-REFERENCE OF IRP REQUIREMENTS 

Updated 

Yes 
Yes  
Y e s  

Yes 
Yes 
Yes 
Yes 
Y e s  

The following table cross-references IRP regulatory requirements for North Carolina and 
South Carolina, and identifies where those requirements are discussed in the IRP. 

Yes 

Yes 
Yes 
Yes 
Yes 
Yes 
Yes 
Y e s  
Yes 

Yes 
Yes  
Yes 
Yes 
Yes 

Yes 
Yes 
Yes 

Yes 
No 
Yes 
Yes 

Yes 

1 Yes 

iequireinent 
’orecast of Load, Supply-side Resources, and Demand-Side 
Tesources. 

0 

0 

Description of supply-side resources 

e Existing Generation 
Planned Generation 
Non Utility Generation 

0 

0 

10 year history of custoiners & energy sales 
15 year forecast w & wlo energy efficiency 

Senerating Facilities 

Proposed Generation Units at Locations not known 
Generating Units Projected to be Retired 
Generating Units with plan for life extension 

Reserve Margin 
Wholesale Contract for the Purchase and Sale of Power 

0 Wholesale Purchase Power Contract 
0 Request for Proposal 

Wholesale power sales contracts 
0 Wholesale projections (existing and undesignated) 

Transmission Facilities , planned & under construction 
Transmissions System Adequacy 
FERC Form 1 (pages 422-425) 
FERC Form 7 15 
Energy Efficiency and Demand Side Management 

0 Existing Programs 
e Future Programs 
0 Rejected Program 
0 Consuiner Education Programs 

DSM projected reliance 
Assessment of Alternative Supply-side Energy Resource 

Current and Future Alternative Supply-side 
Rejected Alternative Supply-side Energy Resource 

Evaluation of Resource Options 
(Quantitative Analysis) 
Cost benefit analysis of each option 
Levelized Bus-bar Costs 
Other Information (economic developinent) 
Legislative and Regulatory Issues 
Supplier’s Program for Meeting the Requirements Shown in it: 
Forecast in an Econoinic and Reliable Manner, including EE 
and DSM and Supply-side Options 
Supplier’s assumptions and conclusions with respect to thc 
effect of the plan on the cost and reliability of energy service 
and a description of the external, environmental and economic 
consequences of the plan to the extent practicable 
Greenhouse Gas Reduction Compliance Plan 

Location 

Ch 3 
Ch 3 
Ch 5 & App C 

C h 5 A  
Ch 8 & App A 
C h 5 D  
Ch 8 & App A 
Ch 5 A 

NIA 
Ch 8 

C h 5 D  
C h 5 D  
Ch 3 & App I 
APP 1 
APP F 
Ch 7 
APP F 
APP F 

Ch 4 
Ch 4 
Ch 4 
Ch 4 
APP D 

Ch5C & App C 
Ch5C & App C 

App C 
App G 
Ch 6 
Ch 1, Ch 8 & 
APP A 

Ch 8, App A 

APP J 

Reference 

NC R8-60 h (i) l(i) 
NC R8-60 h(i) l(ii) 
NC R8-60 h(i ) l(iii) 

NC R8-60 h (i) 2(i)(a-f) 
NC R8-60 h (i) 2(ii)(a-d) 
NC R8-60 h (i) 2(iii) 

NC R8-60 h (i) 3 

NC R8-60 h (i) 4(i) 
NC R8-60 h (i) 4(ii) 
NC R8-60 h (i) 4(iii) 
NCUC 09 IRP req (6) 
NC R8-60 h (i) 5 

NC R8-60 h (i) 6(i) 
NC R8-60 h (i) 6(ii) 
NC R8-60 h (i) 6(iii) 
NC R8-60 h (i) 6(iv) 
NCUC 09 IRP req (7) 

NC R8-60 h (i) 7(i) 
NC R8-60 h (i) 7(ii) 
NC R8-60 h (i) 8 

NC R8-60 h (i) 9 
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essage from the CE 

TVA operates one of the largest power systems in the United States. With a generating 
capacity of more than 34,000 megawatts, we meet the daily electricity needs for an 
80,000-square-mile region where more than 9 million people live, work and go to school. 
That's an enormous responsibility, and one we take very seriously. 

A power system large and reliable enough to 
handle that responsibility doesn't come about 
by accident. It's the culmination of work by 
thousands of skilled professionals, and it all starts 
with focused and detailed planning. 

Planning a power system is complex work that 
involves hundreds of variables, such as consumer 
trends, fuel and material costs, regulations, 
technology advancements and the weather. It's 
complicated even further by the need to forecast 
needs and conditions decades into the future. 

TVA's new integrated resource plan is a critical part of our overall planning effort. It 
is a comprehensive study of options and strategies and their potential economic and 
environmental outcomes. The plan was shaped by input from the businesses, industries 
and regional leaders, as well as ordinary people, whose lives and livelihoods depend on 
the electricity supplied by TVA. The result of this two-year exercise gives us a sound basis 
for making better long-term decisions. 

In addition, our integrated resource plan will help us fulfill TVA's renewed vision to 
become one of the nation's leading providers of low-cost and cleaner energy by 2020. 
The options that have been identified from this process involve reducing TvA's reliance on 
coal, increasing our supply of nuclear and renewable energy, and working in partnership 
with local utilities and the people they serve to use energy more efficiently. 

Like most things, the cost of electricity is not likely to stay flat in the years ahead. Our 
challenge will be to keep power affordable while carrying out our vital work with the 
least impact on the environment today and for future generations. 

Tom Kilgore 



Table of Contents 

Executive Summary 
Overview 
Public Participation 
Need for Power Analysis 
Approach 
Recommended Planning Direction 

Chapter 1 - TV's Environmental and Energy Future 
TVA Overview 
Looking Ahead 
Integrated Resource Planning 
IRP Deliverables 
IRP Outline 

Chapter 2 - IRP Process 
Develop Scope 
Develop Inputs and Framework 
Analyze and Evaluate 
Present Initial Results 
Incorporate Input 
Identdy Recommended Planning Direction 
Approval of Recommended Planning Direction 

Chapter 3 - Public Participation 
Public Scoping Period 
Analysis and Evaluation Period 
Draft IRP Public Comment Period 
Public Input Received During the IRP Process 
Response to Public Input and Comments 

Chapter 4 - Need for Power Analysis 
Estimate Demand 
Determine Reserve Capacity Needs 
Estimate Supply 
Estimate the Capacity Gap 

Chapter 5 - Energy Resource Options 
Selection Criteria 
Options Included in IRP Evaluation 

10 
10 
10 
11 

13 
16 
18 
22 

26 
27 
28 
30 
32 
35 
36 
37 
38 
39 
39 
39 
40 
44 
47 
52  

54 
57 
58 
61 
69 
70 
76 
78 
81 
82 

INTEGRATED RESOURCE P L A N  



Chapter 6 - Resource Plan Development and Analysis 88 
91 Development of Scenarios and Strategies 

Resource Portfolios Optimization Modeling 100 
Development of Evaluation Scorecard 102 

Identification of Preferred Planning Strategies in the Draft IRP 110 
11 1 Incorporation of Public Input and Performance of Additional Scenario Planning Analyses 

Identification of Recommended Planning Direction 
Chapter 7 - Draft Study Results 

Analysis Results 
Selection Process 
Preferred Planning Strategies 

Chapter 8 - Final Study Results and Recommended Planning Direction 
Results Analysis 
Component Identification 
Recommended Planning Direction Development 
Conclusion 

Chapter 9 - Next Steps 
Path Forward 
Application 
Areas That Require Further Work 
Conclusion 

Appendix A - Method for Computing Environmental Impact Metrics 
Purpose 
Process 
Method 

Appendix B - Method for Computing Economic Impact Metrics 
Purpose 
Process 
Methodology 
Analysis 
Findings 

Appendix C - Energy EfEiciency and Demand Response 
Previous: Demand-Focused Portfolio 
Renewed Vision: To Become a Leader in Energy Efficiency 
W X s  Long-Term Plan 
Next Steps 

111 

116 
119 
131 
142 
144 
148 

152 
155 
165 
166 
169 
170 

170 
171 

A172 
A172 
A172 
A172 

B182 
B182 
B182 

B184 
B185 
B185 

C188 
C188 

C189 
C192 
C195 

TVA'  s E N  V I  R o N M E N T A L  A N  D E N  E R G Y  F U T U  R E  



Appendix D - Development of Renewable Energy Portfolios 
WA's Current Renewable Energy Landscape 
Renewable Energy Needs 
IRP Renewable Additions 
Modeling Process 

Appendix E - Draft IRP Phase Expansion Plan Listing 
Planning Strategy A - Limited Change in Current Portfolio 
Planning Strategy B - Baseline Plan Resource Portfolio 
Planning Strategy C - Diversity Focused Resource Portfolio 
Planning Strategy D - Nuclear Focused Resource Portfolio 
Planning Strategy E - EEDR and Renewables Focused Portfolio 

Appendix F - Stakeholder Input Considered and Incorporated 
Acronym Index 

D196 
D196 
D198 
D198 

D199 
E204 
E204 
E206 
E208 
E210 
E212 

F214 
216 

INTEGRATED RESOURCE P L A N  



List of Figures 
Executive S u m m a r y  

Figure 1 - Peak Load Forecast 
Figure 2 - Capacity Gap 
Figure 3 - Final IRP Development 
Figure 4 - Optimization Framework for the Final IRP Analysis 
Figure 5 - Recommended Planning Direction 

Chapter 3 
Figure 3-1 - Public Scoping Meetings 
Figure 3-2 - Distribution of Scoping Comments by Geographic Area 
Figure 3-3 - Stakeholder Review Group Meetings 
Figure 3-4 - Public Briefings 
Figure 3-5 - Public Comment Period Meetings 
Figure 3-6 - Type of Responses Submitted 

Figure 4-1 - Comparison of Actual and Forecasted Summer Peak Demand (MW) 

Figure 4-2 - Comparison of Actual and Forecasted Net System Requirements (GWh) 

Figure 4-3 - Peak Load Forecast (MW) 

Figure 4-4 - Energy Forecast (GWh) 
Figure 4-5 - Illustration of Baseload, Intermediate and Peaking Resources (MW) 

Figure 4-6 - Reference Case: Spring 2010 - Firm Capacity (Mw> 
Figure 4-7 - Reference Case: Spring 2010 - Energy (GWh) 
Figure 4-8 - Existing Firm Supply (MW) 

Figure 4-9 - Capacity Gap (MW) 

Figure 4-10 - Energy Gap (GWh) 

Chapter 4 

Chapter 6 
Figure 6-1 - Key Uncertainties 
Figure 6-2 - Scenarios Key Characteristics 
Figure 6-3 - Scenario Descriptions 
Figure 6-4 - Components of Planning Strategies 
Figure 6-5 - Planning Strategies Key Characteristics 
Figure 6-6 - Strategy Descriptions 
Figure 6-7 - Planning Strategy Scorecard 
Figure 6-8 - Financial Risk Metrics 
Figure 6-9 - Ranking Metrics Example 
Figure 6-10 - Example of Draft IRP Scoring Process - Carbon Footprint 
Figure 6-11 - Recommended Planning Direction Boundary Conditions 
Figure 6-12 - Recommended Planning Direction Range of Options Tested 

12 

12 

15 
15 
17 

45 
46 
48 
49 
52 
54 

65 
66 
68 
69 
71 
7 3  
7 4  
75  
76 
77 

93 
94 
96 
97 
98 
99 

103 
104 
108 
109 
112 

113 

TVA'S E N V I R O N M E N T A L  A N D  ENERGY FUTURE 



List of Figures (continued) 
Chapter 7 

Figure 7-1 - Firm Requirements by Scenario 
Figure 7-2 - Range of Capacity Gaps by Strategy 
Figure 7-3 - Capacity Additions by 2029 
Figure 7-4 - Number of Nuclear Units Added 
Figure 7-5 - Number of Coal Units Added 
Figure 7-6 - Number of Combined Cycle Units Added 
Figure 7-7 - Number of Combustion Turbine Units Added 
Figure 7-8 - Range of Energy Production by Type in 2025 
Figure 7-9 - Expected Value of PVRR by Scenario 
Figure 7-10 - Expected Values for Short-Term Rates by Scenario 
Figure 7-11 - PVRR Risk Ratio by Scenario 
Figure 7-12 - PVRR Risk/Benefit by Scenario 
Figure 7-13 - Ranking Metrics Worksheet 
Figure 7-14 - Planning Strategy A - Limited Change in Current Resource Portfolio 
Figure 7-15 - Planning Strategy B - Baseline Plan Resource Portfolio 
Figure 7-16 - Planning Strategy C - Diversity Focused Resource Portfolio 
Figure 7-17 - Planning Strategy D - Nuclear Focused Resource Portfolio 
Figure 7-18 - Planning Strategy E - EEDR and Renewables Focused Resource Portfolio 
Figure 7-19 - Planning Strategy Ranking Order 
Figure 7-20 - Sensitivity Characteristics 
Figure 7-2 1 - Rank Order of Strategies 
Figure 7-22 - Strategic Metrics for Five Planning Strategies 
Figure 7-23 - Technology Innovation Matrix 
Figure 7-24 - Implementing Portfolios (Initial Phase) 

Chapter 8 
Figure 8-1 - Firm Requirements by Scenario 
Figure 8-2 - Sensitivity Runs Identified From Draft IRP 
Figure 8-3 - The 12 Portfolios 
Figure 8-4 - Short-Term Rate Impacts by Scenario 
Figure 8-5 - Weighted Ranking Scores 
Figure 8-6 - Potential 2,500 MW Renewable Portfolio 
Figure 8-7 - Observations Developed from Preliminary Results 
Figure 8-8 - Recommended Planning Direction 
Figure 8-9 - Illustrative Portfolios for the Recommended Planning Direction 
Figure 8-10 - Recommended Planning Direction 

120 
121 
122 

123 
124 
125 
126 
127 
128 

129 
130 
131 
132 
133 
134 
134 
135 
135 
136 
137 
138 

139 
140 

143 

148 

149 
150 
151 

153 
154 
155 
156 
157 
158 

INTEGRATED RESOURCE P L A N  



List of Figures (continued) 

Figure 8-11 - Planning Strategy C - Updated Scorecard 
Figure 8-12 - Planning Strategy E - Updated Scorecard 
Figure 8-13 - Plan Costs vs. Financial Risk 
Figure 8-14 - Comparison of Financial Risks of Strategies 
Figure 8-15 - PVRR (2010 $B) 
Figure 8-16 - Plan Costs vs. Annual CO, Emissions 
Figure 8-17 - Other Risk Considerations 

Chapter 9 
Figure 9-1 - Scope of the IRP 
Figure 9-2 - Areas That Require Further Work 

Appendix A 
Figure A-1 - Summary of 2007-2009 Average Emissions Data 
Figure A-2 - Tons CO, by Strategy 
Figure A-3 - Tons SO, by Strategy 
Figure A-4 - Tons NO, by Strategy 
Figure A-5 - Lbs Hg by Strategy 
Figure A-6 - Strategy Rankings for AU Four Emissions 
Figure A-7 - Design Factors for Generation Sources 
Figure A-8 - Final Strategy Water Impact Ranking 
Figure A-9 - Weighted Ash Percentage 
Figure A-10 -Weighted Heat Content (BTU/lb) 
Figure A-11 - Final Strategy Waste Impact Ranking (Based on Total Coal and 

Nuclear Waste Disposal Costs) 

Appendix B 
Figure B-1 - Input and Output Impacts 
Figure B-2 - Final Summary Economic Impacts of IRP Cases 

Figure C-1 - Existing and New EEDR Programs 
Figure C-2 - EEDR Program Demand Reduction (Mvv) 

Figure C-3 - EEDR Program Energy Savings (GWh) 

Appendix C 

Appendix D 
Figure D-1- Renewable Resource Types and Components 
Figure D-2 - New Renewable Capacity at 2,500 MW 
Figure D-3 - New Renewable Capacity at 3,500 MW 

159 
159 
160 
161 
162 

163 
164 

170 
171 

A173 
A174 

A175 
A176 

A177 
A178 
A178 
A179 
A180 
A180 

A181 

B183 
B185 

C193 
C194 
C195 

D201 
D203 
D203 

TVA’S ENVl  R O N M  ENTAL A N D  ENERGY FUTURE 



List of Figures (continued) 

Appendix E 
Figure E-1 - Planning Strategy A - Limited Change in Current Portfolio 
Figure E-2 - Planning Strategy A - Capacity Additions by Scenario 
Figure E-3 - Planning Strategy B - Baseline Plan Resource Portfolio 
Figure E-4 - Planning Strategy B - Capacity Additions by Scenario 
Figure E-5 - Planning Strategy C - Diversity Focused Resource Portfolio 
Figure E-6 - Planning Strategy C - Capacity Additions by Scenario 
Figure E-7 - Planning Strategy D - Nuclear Focused Resource Portfolio 
Figure E-8 - Planning Strategy D - Capacity Additions by Scenario 
Figure E-9 - Planning Strategy E - EEDR and Renewables Focused Portfolio 
Figure E-10 - Planning Strategy E - Capacity Additions by Scenario 

E204 

E205 

E206 

E207 

E208 

E209 

E2 10 

E211 

E212 

E213 

8 INTEGRATED R E S O U R C E  P L A N  
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Overview 

The Tennessee Valley Authority's (TVA) Integrated Resource Plan (IRP), entitled TVA's 
Environmental and Energy Future, serves as a roadmap for identifying the resources that 
are acceptable and available to meet the energy needs of the Tennessee Valley region over 
the next 20 years. It addresses the demand for power in the region, the options available 
for meeting that demand and the potential environmental, economic and operating 
impacts of each. 

This endeavor aligns with TVA's Environmental Policy and will serve as a guide for TVA to 
fulfill its renewed vision-to become one of the nation's leading providers of low-cost and 
cleaner energy by 2020. TVA is committed to lead the nation in improved air quality and 
increased nuclear production and to lead the Southeast in increased energy efficiency. 
This vision will be accomplished as TVA continues to carry out the mission established by 
Congress in 1933. 

The current planning environment that confronts TVA is one of the most challenging in 
TVA's history. Therefore, TVA must ensure that its strategy is robust, regardless of future 
conditions, and enables TVA to navigate through these challenges in a way that best 
supports its multiple responsibilities. This IRP establishes a strategic direction for TVA 
and provides it with the flexibility to make the best decisions in a dynamic, ever-changing 
regulatory and economic environment. 
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E X E C U T I V E  S U M M A R Y  

Figure 1 shows the Reference Case: Spring 2010 forecast of peak demand over the 20-year 
planning horizon. The figure also illustrates the range of load forecasts considered within 
this IM with the highest and lowest forecasts representing the upper and lower bounds. 

Figure 1 - Peak Load Forecast 

Figure 2 shows the capacity gap for the Reference Case: Spring 2010 forecast over the 
20-year planning horizon. The figure also illustrates the capacity gap based on the range of 
peak loads considered in this IW. The capacity gaps were developed by adding a planning 
reserve margin to the peak load forecast and subtracting existing resources. Additional 
detail on the need for power analysis is included in Chapter 4 - Need for Power Analysis. 

Figure 2 - Capacity Gap 

c - 
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E X E C U T I V E  S U M M A R Y  

Approach 

Scenario Planning 

A scenario planning approach was utilized for the development of this IRP. TYA carried 
out its analysis in a “no-regrets” framework. This framework defined a process in which 
all relevant and available information was analyzed in a careful and considered fashion, 
with significant attention paid to what would happen if the future unfolds in an 
unexpected way. 

In other words, strategic options were analyzed not only from the perspective of what was 
expected to occur in the future, but also from the perspective of what was possible 
to occur in the future. Using this framework, decisions made today and in the near future 
are not overly dependent on the future unfolding exactly as expected. Therefore, this 
IRP should provide benefit and value to stakeholders even if the future turns out to be 
different than predicted. 

Scenarios and planning strategies form the basic building blocks of the IRP analysis. 
Scenarios do not predict the future, but rather portray the range of possible “worlds” 
that TYA may encounter in the future based on a number of uncertainties outside of 
WA‘s control. Scenarios were also used to test resource selection and reflect key 
stakeholder interests. 

Factors that differed between scenarios included economic growth, inflation, fuel prices, 
demand growth and regulatory environments. Uncertainties varied among scenarios to 
highlight how decisions would change under different conditions. 

Six unique scenarios were developed for this IRP along with two iterations of a reference 
forecast. Scenario 7 - Reference Case: Spring 2010 was used in the Draft IRP analysis 
and was refreshed with Scenario 8 - Reference Case: Great Recession Impacts Recovery 
between the Draft and final IRP The following eight scenarios were used: 

0 Scenario 1 - Economy Recovers Dramatically 

Scenario 2 - Environmental Focus is National Priority 

Scenario 3 - Prolonged Economic Malaise 

Scenario 4 - Game-Changing Technology 

0 Scenario 5 - Energy Independence 

Scenario 6 - Carbon Regulation Creates Economic Downturn 

~ 
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E X E C U T I V E  S U M M A R Y  

* 

* 

Scenario 7 - Reference Case: Spring 2010 

Scenario 8 - Reference Case: Great Recession Impacts Recovery 

Additional details on the scenarios are included in Chapter 6 - Resource Plan 
Development and Analysis. 

Recommended Planning Direction Development 

The Draft IRP evaluated five specific planning strategies. These planning strategies 
described a broad range of business options that TVA could adopt and were built upon 
key decisions within TVKs control. Components such as renewable generation additions, 
nuclear expansion and market purchases varied among planning strategies. The following 
planning strategies were considered in the Draft IRP: 

* 

* 

* 

Strategy A - Limited Change in Current Resource Portfolio 

Strategy B - Baseline Plan Resource Portfolio 

Strategy C - Diversity Focused Resource Portfolio 

Strategy D - Nuclear Focused Resource Portfolio 

Strategy E - EEDR and Renewables Focused Resource Portfolio 

Each planning strategy was evaluated across the first seven scenarios. The results were 
summarized using a scorecard designed to identify financial, risk and strategic factors to 
consider when selecting a Recommended Planning Direction. 

Based on the preliminary results, TVA focused on the top three ranked planning strategies 
(Strategies B, C and E) for further evaluation. Additional detail on the Draft IRP results is 
included in Chapter 7 - Draft Study Results. 
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E X E C U T I V E  S U M M A R Y  

A high-level summary of the process used for developing the final IRP is shown in Figure 3. 

1,500 M W  
competitive 
resources or 
PPAs by 2020 

Renewable additions 

I 

2,500 MW 2,500 MW 3,500 MW 3,500 MW 
competitive competitive competitive competitive 
resources or resources or resources or resources or 
PPAs by 2020 PPAs by 2029 PPAs by 2020 PPAs by 2029 

Planning 

Planning 

Planning 

Planning 

Planning 

Strategy A 

Strategy B 

Strategy C 

Strategy D 

Strategy E 

2,400 MW total 3,200 MW total 4,000 MW total 
fleet reductions fleet reductions fleet reductions 

bv 2017 bv 2017 by 2017 

Coal-fired 
idled 

Planning 
Strategy B 

4,700 MW total 
fleet reductions 

by 2017 

Figure 3 - Final IRP Development 

A key objective in transitioning from the Draft to the final IRP was to identlfy a 
Recommended Planning Direction. The preliminary results and findings of the Draft IRP 
were used to establish boundaries for evaluating new combinations of planning strategy 
components through an optimization framework. In addition, input received during 
the public comment period was reviewed in detail and appropriately incorporated into 
the analysis. This approach produced more comprehensive results by allowing unique 
combinations of resources to be tested in addition to those directly considered in the 
Draft IW. A summary of the options considered for the final IRP is shown in Figure 4. 

c * 

TVA’S ENVIRONMENTAL AND ENERGY FUTURE 

Figure 4 - Optimization Framework for the final IRP Analysis 

The Recommended Planning Direction was evaluated in all eight scenarios. The 
results were used to build a fully populated scorecard with ranking and strategic 
metrics. The completed scorecard was compared with the Draft IRP results to evaluate 
improvements between previously considered planning strategies. Additional detail on the 
Recommended Planning Direction results is included in Chapter 8 - Final Study Results 
and Recommended Planning Direction. 
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Strategic Findings 

The following strategic findings emerged from the IRP analysis: 

Expanded EEDR portfolios perform well; the mid level portfolio provided the best 
balance of cost and implementation risk 

Renewable generation above existing wind contracts played a role in future 
resource portfolios, assuming certain costs 

Some increased idling of coal-fired capacity was favorable compared to adding 
environmental controls to the existing fleet 

Coal-fired capacity was only added in scenarios with high load growth 

Pumped-storage added needed operational flexibility 

Nuclear expansion was selected in most cases, except scenarios with no load growth 

Natural gas-fired capacity was selected in most cases after 2020, except when 
needed earlier to meet high load growth or to provide grid reliability 

Recommended Planning Direction 

This IRP provides TVA with a strategic direction and the flexibility to make sound choices 
in a dynamic, ever-changing regulatory and economic environment. The Recommended 
Planning Direction is the most balanced in terms of cost, financial risk and other strategic 
considerations and provides direction by articulating a 20-year roadmap. 

Components of the Recommended Planning Direction are based upon extensive 
modeling, in-depth stakeholder input and the assessment of quantified and non-quantified 
risks. They also allow for flexibility to adapt to future conditions by providing guideline 
ranges and timeframes for each component of the planning strategy. A summary of the 
Recommended Planning Direction is shown in Figure 5. 

-- - 
I N T E G R A T E D  R E S O U R C E  P L A N  
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Public Participation 

Public participation was a significant component of the IRP process. In an effort to 
develop the plan in a transparent manner, TVA offered multiple opportunities for the 
public to contribute to and influence the development of this IRP. These opportunities 
included two series of public meetings, written comments, webinars, briefings, a 
web-based questionnaire, and a phone survey. The goal for all public participation 
opportunities was to encourage others to share their views on issues they believe TVA 
should focus on as it plans for the region’s future energy needs. 

In addition to public participation, TVA also formed a Stakeholder Review Group (SRG). 
This group consisted of 16 individuals representing a wide range of interests. Members 
of the group were asked to provide TVA with their viewpoints on the IRP process, 
assumptions, analyses and results. TVA met approximately every month with the SRG 
throughout the IRP process to discuss strategic findings. 

Need for Power Analysis 

As a part of the IRP analysis, TVA developed a forecast of the need for power, referred to in 
the electric utility industry as “demand.” To develop this forecast, the following four basic 
steps were taken: 

1. Demand for electricity @eak demand and energy sales) was forecasted for a 
20-year planning horizon (Figure 1) 

2. Firm requirements were calculated to determine generation capacity required by 
adding forecasted demand to a planning contingency. The planning contingency 
allowed for unforeseen events, inaccuracies or unplanned unit outages and other 
resource limitations 

3. Existing generation resources available to meet the forecasted demand 
were identified 

4. The need for power was calculated by comparing the firm requirements to the 
existing viable generation resources. The difference between the two defines the 
need for additional resources over the planning period. This is referred to as “the 
capacity gap” (Figure 2) 

TVA expects the need for power to continue to grow due to economic recovery, 
population growth and other factors. However, this growth is expected to occur at a 
lower rate than historical average. 

L 
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Coal additions 

1 -This range includes EEDR savings achieved through 2010. The 2020 range for EEDR and renewable 

2 - TVA's existing wind contracts that total more than 1,600 MW are included in this range. Values are 

3 - TVA has previously announced plans to idle 1,000 MW of coal-fired capacity, which is included in 

4 - This is the expected size of a new pumped-storage hydro facility 
5 - The completion of Watts Bar Unit 2 represents the lower end of this range 
6 - Up to 900 MW of new coal-fired capacity is recommended between 2025 and 2029 
7 - The completion of John Sevier combined cycle plant represents the lower end of this range 

energy does not preclude further investment in these resources during the following decade 

nameplate capacity. Net dependable capacity would be lower 

this range. M W  values based on maximum net dependable capacity 

Figure 5 - The Recommended Planning Direction 

c d 
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1 TVA's Environmental and Energy Future 

After more than two years of development, the Tennessee Valley Authority (TVA) has 
completed its Integrated Resource Plan (IRP), entitled TVNs Energy and Environmental 
Future. This IRP is the product of extensive analysis and collaboration with many of TVA's 
partners and stakeholders. 

Many electric utilities use the integrated resource planning process as a decision tool to 
help define both near- and long-term challenges. For TVA, the process was expanded to 
consider impacts on the environment and the economy. The IRP provides guidance in 
choosing the best resource options to meet future energy demand by considering future 
uncertainties, power reliability, financial, economic and environmental impacts associated 
with those options. 

TVA's IRP has been developed to support WA's mission for meeting the electric power 
needs of the Tennessee Valley region in a sustainable manner. The 20-year strategy 
recommended by the IRP provides direction for decisions that require a long lead time. 
It is consistent with TVA's Environmental Policy and its renewed vision - to become one 
of the nation's leading providers of low-cost and cleaner energy by 2020. The renewed 
vision and this IRP will better equip TVA to meet the substantial challenges facing the 
electric utility industry for the benefit of TVA stakeholders. 
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1.1 WA Overview 

1.1.1 Yesterday - A n  Innovative Solution 

TVA stands as one of President Franklin D. Roosevelt’s most innovative ideas. He 
envisioned TVA as “a corporation clothed with the power of government but possessed 
with the flexibility and initiative of a private enterprise.” 

TVA is a federal agency and corporation, wholly owned by the people of the United States 
and tasked by Congress to: 

Improve the quality of life for the residents of the Tennessee Valley region 

Foster economic development 

Promote conservation and wise use of the region’s natural resources 

Since its inception, TVA has worked to improve the quality of life for the people who live 
in the TVA service area. For more than 75 years, TVA has succeeded in its unique mission 
of serving the region through energy, environment and economic development. TVA 
established integrated resource management as the means for solving the competing and 
often conflicting interests of its mission, such as managing the Tennessee River system for 
navigation, flood control, recreation and power production. While the challenges evolved 
and new ones developed, TVA has relied on its strategy of devising integrated solutions. 

1.1.2 Today - The Mission Continues 

TVKs multi-faceted mission of providing low-cost, reliable power; serving as a catalyst for 
economic development; protecting the environment; stimulating technological innovation 
and managing an integrated river system in the Tennessee Valley region is the same today 
as it was 78 years ago. 

TVA operates the nation’s largest public power system. It provides power to more than 
nine million people, through 155 distributors of TVA power and 56 directly served 
customers, in an area encompassing 80,000-square-miles, including most of Tennessee 
and parts of Alabama, Georgia, Kentucky, Mississippi, North Carolina and Virginia. 

Low-Cost Power 

Maintaining a diverse portfolio of generation resources helps TVA keep power rates in 
the Tennessee Valley competitive regionally and nationally. TVA operates 56 active coal- 
fired units, six nuclear units, 109 conventional hydroelectric units, four pumped-storage 
units, 87 simple-cycle combustion turbine units, eight combined cycle units, nine diesel 
generator units, one digester gas site, one wind energy site and 14 solar energy sites.l 
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A portion of TVA's electrical supply is purchased from third-party operators under long- 
term purchased power agreements (PPAs). This diverse supply portfolio has enabled TVA 
to meet the region's energy demands, reliably and at competitive prices. 

While keeping prices low, TVA has maintained world-class transmission reliability. TVA's 
transmission system is one of the largest in North America. It efficiently delivered more 
than 177 billion kilowatt-hours to customers in 2010. For the past 12  years, the system has 
achieved 99.999 percent reliability. 

Economic Development 

A benefit of TVA's large power system is the ability 
to produce power at prices below the national 
average, thus attracting industry to the region 
and making TVA a national leader in economic 
development. During the past five years, TVA has 
helped attract or retain 265,000 jobs in its service 
territory and has secured more than $27 billion in 
capital investment for the region through its Valley 
Investment Initiative program. 

In 2010, TVA worked in partnership with state and local officials in the recruitment and/or 
expansion of 150 companies in the TVA service area. One of TVA's most recent economic 
development initiatives has been the Megasites program. Through the Megasites program, 
five large industrial sites were sold to Dow CorningkIemlock Semiconductor, Volkswagen, 
Paccar, Toyota and SeverCorr. 

Environmental Stewardship 

WA's environmental stewardship (non power) programs include managing the Tennessee 
River and approximately 293,000 acres of reservoir lands to protect natural resources, 
to enhance economic development, and to provide recreational opportunities, adequate 
water supply and improved water quality within the Tennessee Valley watershed. 

WA's Environmental Policy provides objectives for an integrated approach related to 
providing cleaner, reliable and affordable energy, supporting sustainable economic 
growth, and engaging in proactive environmental stewardship. The Environmental Policy 
provides additional direction in several environmental stewardship areas, including 
air quality improvement, climate change mitigation, water resource protection and 
improvements, sustainable land use and natural resource management. 
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Aligning with the objectives of the Environmental Policy and TVKs renewed vision, TVA 
is committed to continue minimizing the environmental impacts of its operations. In 
1995, TVA was the first utility in the nation to participate in a voluntary greenhouse gas 
reduction program sponsored by the U.S. Department of Energy. As a result, TVA has 
reduced or avoided more than 305 million tons of carbon dioxide (CO,) from being 
emitted into the atmosphere. 

Today, air quality across the region is the best it has been in more than 30 years. Since 
1977, TVA has spent more than $5 billion on clean air controls. The controls have reduced 
sulfur dioxide (SO,) emissions by 82 percent and nitrogen oxide (NOx) emissions by 
nearly 86 percent from 1990 levels. 

Technological Innovation 

TVA is also committed to technological innovation. In 2000, TVA developed the first wind 
farm in the Southeast, and five of today’s 14 solar photovoltaic sites were constructed 
for its green power pricing program, Green Power Switch@. In 2001, the program was 
expanded to include methane co-firing at Allen Fossil Plant in Memphis, Tenn. 

Recently, TVA partnered with Nissan North America, the State of Tennessee, the Electric 
Transportation Engineering Corporation and local distributors to develop a plan to deploy 
electric vehicle charging stations. In January 2011, TVA and the Electric Power Research 
Institute unveiled an electric vehicle charging station that can make electricity from 
sunlight, store it and put it back in the power grid when needed. 

Integrated River Management 

TVA has remained focused on its mission to manage the nation’s seventh-largest river 
system. TVA works constantly to balance energy production, navigation, flood control, 
recreation and water supply to provide multiple benefits from its management of the river 
system and associated public lands. In an average year, TVA prevents about $240 million in 
flood damage in the Tennessee Valley region and along the Ohio and Mississippi rivers. 

TVA Customers 

TVA delivers electricity to three main customer groups-local utilities (distributors of TVA 
power), directly served customers and off-system customers. A priority for TVA is to 
serve customers by meeting their needs in a reliable, responsible manner. Partnership 
with the distributors of TVA power is crucial in the delivery of low-cost, reliable power 
to end-use customers. 
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Distributors of TVA power comprise the bulk of TVKs customer base and are the backbone 
of the region’s power distribution system. Accounting for roughly 81 percent of total 
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TVA sales and 87 percent of total TVA revenue, the distributors consist of municipally- 
owned and consumer-owned utilities. TVA generates and delivers electricity to the local 
utilities, which deliver electricity to their residential, commercial and industrial end-use 
customers. Municipal distributors comprise the largest block of TVA customers. Many of 
the consumer-owned cooperative utilities were formed to bring electricity to then-sparsely 
populated rural, remote areas of the Tennessee Valley region. 

Large industries and federal installations, such as Oak Ridge National Laboratory, that buy 
electricity directly from TVA, account for 19 percent of total sales and 13 percent of TVA’s 
total revenue. The remainder of TVA’s sales and revenue comes from off-system customers 
that buy power from TVA on the interchange market. 

TVA power contracts govern the relationships between TVA and the distributors of TVA 
power, including the pricing structure under which power is sold. These contracts provide 
for distributors’ total power requirements, meaning TVA agrees to generate and deliver 
enough electricity to meet the distributors’ full electric load, including reserves, both now 
and in the future. 

1.1.3 Future - A New Era 

In the face of challenging economic conditions, tougher emissions standards, an aging 
generating fleet and emerging customer needs, TVA needed to examine its strategic 
direction. In August 2010, TVA President and Chief Executive Officer, Tom Kilgore, 
announced a renewed TVA vision. The renewed vision is the first step toward establishing 
a new strategic direction for TVA. 

TVA’s renewed vision - to become one of the 
nation’s leading providers of low-cost and clea 
energy by 2020 -will help the region and the 
nation achieve a cleaner energy future. The 
vision has three components: 

.ner 

1. To be the nation’s leader in improved 
air quality 

2. To be the nation’s leader in increased 
nuclear production 

3. To be the Southeast’s leader in increased 
energy efficiency 

TVA will work to achieve this vision while being dedicated to improving its core business 
of low rates, high reliability and responsibility. 
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1.2 Looking Ahead 

1.2.1 Bridging the Gap 

TVA undertook the IRP process at a critical time. Nationally, there is a consensus that 
energy should be produced in cleaner ways-a direction that TVA has embraced in specific 
goals set forth in its environmental policy and renewed vision. Achieving these goals and 
keeping electricity affordable is a significant challenge. Analyses of stakeholder concerns, 
operational constraints and the trade-offs necessary to develop an acceptable long-term 
solution make the challenge particularly difficult, especially when coupled with the 
recovering economy and regulatory uncertainty facing the utility industry. 

TVA last completed an Integrated Resource Plan, entitled Energy Vision 2020 (EV2020), 
in 1995. EV2020 was a comprehensive assessment of alternative strategies developed for 
meeting future electricity needs through 2020 based on projected future conditions in the 
Tennessee Valley region. 

While EV2020 accurately reflected the challenges, forecasts and opportunities at the time 
of publication, significant changes in the industry and changing customer demand called 
for a fresh analysis and plan. 

This IRP was built from the foundation established in EV2020, incorporates changes that 
have transpired and will ensure the best possible solutions are implemented for TVA and 
its stakeholders. 

1.2.2 Challenges Facing TVA 

The size of TVA's power system and its influence on the region's economy, environment 
and resources make integrated resource planning significant to the public it serves. The 
competitive success of businesses and industries, as well as the ability to sustain and 
improve the quality of life for the millions served by TVA electricity, are significantly 
impacted by the decisions that will be guided by the results of the IRP process. 

Electricity cannot yet be stored economically in meaningful quantities, so the supply of 
electricity must constantly be balanced with the demand. Therefore, electricity providers 
such as TVA must project the future demand and take the necessary steps to meet 
the forecasted demand. This involves the construction of generating capacity and the 
procurement of purchased power. Given the long lead times required to plan, permit and 
build generating facilities, demand forecasts involve 10- to 20-year outlooks. 
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Effective transmission is usually a cost-effective means of providing power system 
flexibility and reliability. However, potential effects on water, vegetation, wildlife and other 
environmental concerns make this an option that must be carefully evaluated. 
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Transmission expansion also requires long lead times and is a vital component in meeting 
forecasted demand. It is particularly necessary to acquire renewable energy, which tends 
to be located outside TVA's service area and is intermittent in nature. 

In addition to building generating facilities and purchasing power from independently 
owned facilities through long-term contracts, TVA and distributors of TVA power can meet 
demand by deploying programs that encourage energy efficiency and reduce demand 
during daily periods of peak power use. These activities entail associated uncertainty and 
risk that must be managed to ensure reliability. 

Designing and executing an effective strategy is a major planning challenge for all electric 
utilities. TVA meets the challenge by working with stakeholders to design a long-term 
resource plan that recognizes the choices that must be made to achieve a common goal of 
an affordable, clean and reliable supply of electricity. 

1.3 Integrated Resource Planning 

1.3.1 Role of the Integrated Resource Plan 

Integrated resource planning is a crucial element for success in a constantly changing 
business and regulatory environment and is based on comprehensive, holistic and risk- 
aware analysis. The integrated approach considers a broad spectrum of feasible supply- 
and demand-side options and assesses them against a common set of planning objectives 
and criteria, including environmental impact. 

The IRP objective is to help meet future customer demand by identifying the need for 
generating capacity and determining the best mix of resources to fill the need. The 
capacity gap is the dBerence between the projected firm (or known) requirements and 
existing firm supply. 

The following strategic principles guided development of this IRP: 

0 Mitigate risk at a reasonable cost 

0 Balance generation resources to reduce supply and price risk 

Balance production and load 

0 Minimize environmental impacts of the portfolios 

0 Provide incentives to customers to optimize the load factor 

Provide flexibility to adapt to changing market conditions and future uncertainty 
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9 Improve credibility and image through a comprehensive, balanced and 
transparent approach 

* Integrate perspectives of internal and external stakeholders throughout 
the process 

1.3.2 Integrated Resource Planning Process 

Instead of one correct answer, this IRP entails a robust, "no-regrets" plan that balances 
competing objectives while reducing costs and risks and retaining the flexibility to 
respond to future risks and opportunities. 

This IRP was framed to assess future demand and the cost and quantity of future supply 
options. Therefore, forecasts of various inputs (e.g., inflation, commodity prices and 
environmental regulations) were simultaneously evaluated. Constraints (e.g., corporate 
strategic and environmental objectives) were considered as different combinations 
of strategies and futures were analyzed and evaluated. Afterward, additional extensive 
computer modeling, analyses, public input, reviews 
and diaIogue with ' I"s  leadership led to the 
consideration of strategic alternatives. 

TVA recognizes that the future is uncertain and 
that forecasts and stakeholder concerns can 
change. To take advantage of updated informatio 
and encourage ongoing public involvement in 
defining the region's future energy needs, TVA is 
committed to begin the next IRP effort by 2015. 

in 

1.4 IRP Deliverables 

1.4.1 Draf't and Final IRP Documents 

The Draft IRP was released Sept. 15, 2010, for public review and comment. It provided 
a broad look at all options considered by TVA and the long-term implications of various 
business strategies. 

The final IRP recommends a robust, flexible strategy that supports "VKs renewed vision. 
The Recommended Planning Direction entails an outcome that balances costs, efficiency 
in electricity generation, reliability, energy efficiency, environmental responsibility and 
competitive prices for customers. 
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1.4.2 Natural Resource Plan 

Since the June 15, 2009, publication of the IRP Notice of Intent, TVA determined that 
planning processes for the Environmental Policy goals that are not closely tied to energy 
production and consumption would be better addressed in a separate study. 

Therefore, a Natural Resource Plan will evaluate the implementation of TVA's reservoir 
lands planning, natural resource management, water resources management and 
recreation processes and strategies. The content of the accompanying environmental 
impact statement will be consistent with TVA's Environmental Policy, TVA's Land Policy, 
the previous Shoreline Management Initiative Environmental Impact Statement and the 
Reservoir Operations Study Environmental Impact Statement. 

1.4.3 Draft and Final Environmental Impact Statement 

As a federal agency, TVA must comply with the National Environmental Policy Act of 
1992 (NEPA). The act requires all federal agencies to consider the impact of its proposed 
actions and alternatives on the environment before making decisions with potential 
environmental impacts. The NEPA process provides a structured means for analyzing 
competing options and for involving the public in TVKs decision-making process. The 
primary product from the NEPA process is an environmental impact statement (EIS). 

Even though the IRP and the associated EIS were combined into one document for 
EV2020, they are published as two separate documents for this IRP. The components 
of the associated EIS were incorporated into the overall integrated resource planning 
process. This provided a preferred resource plan that focuses on reducing costs and risk 
while improving TVA's environmental performance. 

TVA chose to develop a programmatic level EIS as opposed to a project- or site-specific 
document because of the broad nature of integrated resource planning. 

As part of the final IRP, TVA prepared an associated EIS in accordance with the NEPA 42 
USC $0 et seq., Council on Environmental Quality regulations for implementing NEPA. 
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1.5 IRPOutline 

This IRP consists of nine chapters and s ix  appendices. 

TVKs Environmental and Energy Future - history of TVA, TVA overview, 
looking ahead, the IRP’s role and purpose, the goals and objectives of 
this IRP, the overall process, release of the Draft IRP and the associated 
EIS, incorporation of public input and IRP deliverables 
IRP Process - seven distinct steps of the IRP process and how public 
participation was incorporated in each step 
Public Participation - public participation components during this IRP 
process and summary of the valuable input received 
Need for Power Analysis - TVKs need for power analysis, TVA power 
supply, base-load, intermediate, peaking, storage resources and TVKs 
generation mix 
Energy Resource Options - potential supply- and demand-side options 
for future TVA power portfolios 
Resource Plan Development and Analysis - overview of scenario and 
strategy development, key uncertainties that defined the scenarios, 
planning strategies, portfolio development, planning strategy scorecard 
(including ranking and strategic metria), scorecard calculation and 
planning strategy evaluation 
Draft Study Results - results from the Draft IRP analysis which includes 
the identification of the preferred planning strategies 
Final Study Results and Recommended Planning Direction - results 
from the final IRP study which includes the identification of the 
Recommended Planning Direction 

Chapter 1 

Chapter 2 

Chapter 4 

Chapter 

Chapter 6 

Chapter ’ 
Chapter 8 

Chapter 9 Next Steps - identifies next steps and recommendations 

Method for Computing Environmental Metrics - process and results 
from the analysis used to determine the impact of the Recommended 
Planning Direction on the TVA environment 
Method for Computing Economic Impact Metrics - process and results 
from the analysis used to determine the impact of the Recommended 
Planning Direction on the TVA economy 
Energy Efficiency and Demand Response - process used to develop 
EEDR portfolio used in the Draft IRP and final analysis for the 
Recommended Planning Direction 
Development of Renewable Energy Portfolios - process used to 
develop the renewables portfolio used in the Draft IRP and the final 
analysis for the Recommended Planning Direction 

Appendix A 

Appendix B 

Appendix C 

Appendix D 

Draft IRP Phase Expansion Plan Listing - 20-year expansion plans for 
each stratem evaluated during the Draft IRP analysis Appendix E 

Stakeholder Input Considered and Incorporated - comments were 
reviewed in detail and input was incorporated Appendix F 
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2 IRPProcess 

The IRP process to develop the Recommended Planning Direction was extensive. 
More than two years were dedicated to discuss needs, wants, advantages, challenges, 
constraints, trade-offs and compromises required to develop a plan of this magnitude. A 
wide range of stakeholders were involved in this process, representing the general public, 
distributors of TVA power, industry groups, academia and research professionals and 
TVA leadership. 

This IRP represents a significant investment by TVA to understand the needs of the people 
it serves and how to address those needs in a cost-effective, reliable manner. W A  believes 
in this process and has committed to begin the next IRP effort by 2015. 

To fully appreciate the scope of TVAs IRP process, the road to producing the final 
IRP must be understood. WAS IRP process consisted of the following seven distinct steps: 

1. 

2.  

3. 

4 .  

5.  

6.  

7 .  

Develop scope 

Develop inputs and framework 

Analyze and evaluate 

Present initial results 

Incorporate input 

Identify Recommended Planning Direction 

Approval of Recommended Planning Direction 

Public participation was included in each step of the process and is explained in more 
detail in Chapter 3 - Public Participation. The process for steps two through six are 
described in more detail in Chapter 6 - Resource Plan Development and Analysis. Step 
seven, approval of Recommended Planning Direction, is described in Chapter 8 - Final 
Study Results and Recommended Planning Direction. 

2.1 Develop Scope 

In June 2009, TVA began a public scoping period. Public scoping comments addressed a 
wide range of issues, including the nature of the integrated resource planning process, 
preferences for various types of power generation, increased energy efficiency and 
demand response (EEDR) and the environmental impacts of WAS power generation. 
The comments received helped TVA identify issues that were important to the public. 
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2.2 Develop Inputs and Framework 

When faced with a challenge like planning the power system for the next 20 years, a 
“no-regrets’’ decision-making framework is generally the best approach. A “no-regrets” 
framework is one in which decision makers utilize the best possible information available 
to them. This allows them to weigh the likelihood and consequence of the risks and 
challenges that could surface so that decisions have a high likelihood of being sound in 
many possible states of the world. In order to facilitate a “no-regrets” decision-making 
framework, TVA employed a scenario planning approach in the development of this IRP. 

Scenario planning provides an understanding of how near-term and future decisions 
would change under different conditions. This allows for impacts on different 
courses of action to be effectively analyzed. These actions are then assessed to determine 
their performance in each and every scenario as well as their relative performance in 
all scenarios. 

Future decisions that produce similar results across different conditions may imply that 
these decisions provide more predictable outcomes, whereas decisions that result in 
major differences are less predictable and therefore more “risky” 

TVA began this process in collaboration with the 
Stakeholder Review Group (SRG) and developed a 
set of resource planning strategies that would be 
analyzed within the framework of this IRE! 

These resource strategies represent decisions 
that TVA has control over (e.g., asset additions, 
idling coal-fired capacity, integration of more 
flexible resource options), whereas the scenarios, 
which are described in more detail below, 
represent aspects that TVA has no control over 
(e.g., more stringent regulations, fuel prices, 
construction costs). 

Different mixes of resource options (Le., supply- 
side generating technologies and demand-side 
programs) formed the framework for distinct 
resource planning strategies and were designed to allow for flexible resource selection 
over the intended duration of the IRP planning horizon. Significant expert input was 
incorporated to ensure the feasibility of the elements of each planning strategy. 
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To facilitate a “no-regrets” analysis of the strategies developed above, TVA developed 
a series of scenarios to analyze the various outcomes of the resource planning strategies. 

These scenarios differed from each other in several key areas, such as projected customer 
demand, future economic conditions, fuel prices, regulatory frameworks and numerous 
other key drivers. Like the strategies, these scenarios were also developed in collaboration 
with the SRG. 

The goal of defining scenarios was to identify sets of potential events, forecasts and other 
important drivers that TVA cannot directly control, but that would have a direct impact on 
TVA’s ability to achieve the goals of this IRP. 

One way to think of scenarios is as miniature models of the future. In one model, the 
economy might stagnate, prices drop and electricity demand remains flat. In another, 
strong economic recovery could pressure fuel prices, drive interest rates higher, lead to 
rapid recovery in electricity sales and long-term demand growth and put pressure on the 
cost of building generating assets. Both scenarios present dramatically different challenges 
to any one resource strategy. 

Therefore, the key to sound resource planning is designing a strategy that performs 
reasonably well in all scenarios, regardless of which scenario best captures the actual state 
of the world in the future. 

Seven scenarios were initially developed. Each resource planning strategy was tested 
within the seven scenarios for performance. The seven scenarios and five strategies are 
explained in detail in Chapter 6 - Resource Plan Development and Analysis. 

2.3 Analyze and Evaluate 

After the scenarios and strategies were developed, detailed analysis was undertaken for 
each planning strategy within each of the scenarios. This phase of the IRP employed 
industry standard capacity expansion planning and production cost modeling software 
to develop total cost estimates of each planning strategy in each scenario. Other metrics, 
including near-term rate impacts, risks and environmental footprint, were also developed 
using model outputs. 
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TVA analyzed the hypothetical performance on the cost, risk and environmental footprint 
of each strategy based on the assumption that the future unfolds in a manner that 
resembles the specifics of each scenario. 

A total of 35 unique capacity expansion plans or “portfolios” were developed for each of 
the seven scenarios specific to each of the five strategies. Each portfolio represented a 
long-term, least-cost plan of different asset mixes (both supply- and demand-side assets) 
that can be deployed to meet the power needs of the region. 

Each portfolio was ranked using selected metrics within the framework of a consistent, 
standard scorecard. Special care was also taken to note not only those portfolios that 
performed best overall, but also those portfolios that performed well in most states of 
the future (a key requirement for a “no-regrets” portfolio development). The metrics 
used were chosen based on their importance and centrality to TVA’s mission and 
included measures for capturing financial (e.g., cost and risk), economical and 
environmental impacts. 

The ranking was not intended to identify any single portfolio as “the best” in recognition 
of the fact that a portfolio with the highest overall score may not have performed as well 
as other portfolios across multiple scenarios. In other words, portfolios were analyzed 
for their robustness under stress across multiple scenarios, as opposed to overall 
performance in total. This was an important step since metrics alone could signify good 
performance in one or hvo future states of the “world,” but average or poor performance 
in all others. 

The process of a consistent analytical ranking exercise provided TVA’s Board of Directors 
and leadership team with information that was used to help conduct evaluations of 
decisions pertaining to WA’s existing generation fleet and available generation options. It 
also facilitates TVA’s ultimate adoption of a long-term resource planning strategy that will 
serve as a foundation for TVA’s near-term business and financial plans. 

2.4 Present Initial Results 

For this phase of the IRP process, TVA presented the results of the Draft IRP and the 
associated EIS to both internal TVA management and the general public. The Draft IRP 
outlined alternative strategies that TVA considered, but did not include an exhaustive 
list of all strategies that were analyzed. However, it did include a sampling of unique 
strategies that represent a broad spectrum of viable options for implementation. 

As in the scoping period, WA encouraged public comments on the Draft IRP and the 
associated EIS. The comments received enabled TVA staff to identify public concerns and 
recommendations concerning the future operation of the TVA power system. 
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The public comment period began in October 2010 with the EPKs publication of the 
Notice of Availability of the Draft IRP and associated EIS in the Federal Register. 

During the public comment period, TVA held five public meetings to provide information 
about this IRP as well as the opportunity to provide input to TVA staff. 

TVA addressed all substantive comments received during the public comment period 
in the final IRP and the associated EIS. 

2.5 Incorporate Input 

The public comment period ended Nov. 15, 2010. W A  received approximately 500 
comments. All comments were reviewed in detail and synthesized into key points that 
required a response. Comments were logged into a comment management database for 
tracking purposes and assigned to an appropriate subject-matter expert. An extensive 
inventory of responses is included in the associated EIS. 

2.6 Identify Recommended Planning Direction 

After review of the public comments received and additional analysis, TVA staff 
identified a Recommended Planning Direction to present to W K s  Board of Directors. 
The Recommended Planning Direction is based on a number of key criteria, as 
mentioned above, and is intended to serve as a guide for implementation of 
TVKs planning objectives. 

2.7 Approval of Recommended Planning Direction 

No sooner than 30 days after the Notice of Availability of the associated EIS is published 
in the Federal Register, the TVA Board of Directors will be asked to approve the 
Recommended Planning Direction. The TVA Board of Directors' decision will be described 
and explained in a Record of Decision. 
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3 Public Participation 

TVA is the largest public power company in the nation. An objective of this IRP was to 
understand the needs of the people it serves and how to address those needs in a cost- 
effective, reliable manner. Since the needs of the people vary, some people are more 
concerned about the cost of power, some on reliability, while others are concerned about 
environmental impacts. Therefore, it is TVKs ultimate responsibility to balance these 
competing needs as it plans for the future. 

A transparent and participatory approach was utilized in the development of this IRP. 
Many opportunities were available to the public that influenced the development - and 
ultimately the outcome - of this IRP. For example, public briefings and meetings were held 
across the region, and an advisory review group was created. The following key objectives 
of public involvement were: 

Engage numerous stakeholders with differing viewpoints and perspectives 
throughout the entire IRP process 

Incorporate public opinions and viewpoints into the development of the IRI: 
including activities and opportunities for stakeholders to review and comment on 
various inputs, analyses and options considered 

* Encourage open and honest communication in order to facilitate a sound 
understanding of the process 

* Provide multiple communication channels to provide several ways for members of 
the public to learn about the IRP process and to provide input 

TVA involved the public in each critical step of the IRP process. The involvement helped 
TVA identify the most effective ways to serve the people of the Tennessee Valley region. 
Public participation was actively solicited three times during the IRP process. 

1. Public scoping period 

2 .  Analysis and evaluation period 

3. Draft IRP public comment period 
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3.1 Public Scoping Period 

The TVA IRP process began with a 
60-day public scoping period June 15, 2009. TVA 
announced the start of the process in newspapers 
throughout the region via media releases and on 
TVA's website. 

In addition, the EPA published the official EIS 
Notice of Intent in the Federal Register. This 
notice is required by the NEPA guidelines which 
require federal agencies such as TVA to prepare 
an EIS whenever its actions, such as the 
development of an IRP, have the potential to 
affect the environment. 

During the scoping period, TVA disseminated a broad range of information to the public, 
including the reasons for developing an IRP, what it would focus on, the process for how 
an IRP is developed and how the results will be used to guide strategic decision making. 
Public scoping provided an early and open process to ensure: 

Stakeholder issues and concerns were identified early and properly studied 

* Reasonable alternatives and environmental resources were considered 

* Key uncertainties that could impact costs or performance of certain energy 
resources were identified 

Input received was properly considered and would lead to a thorough and 
balanced final IRP 

TVA also reiterated the need to have a balanced approach when considering the tradeoffs 
of one energy resource for another. While developing this IRP, TVA sought public input on 
a variety of issues and asked the following questions: 

How will any changes affect system reliability and the price of electricity? 

Should the current power generation mix (e.g., coal, nuclear power, natural gas, 
hydro, renewable) change? 
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* Should energy efficiency and demand response be considered in planning for 
future energy needs? 

July 20,2009 
Tuly 21, 2009 

Should renewables be considered in planning for future energy needs? 

Nashville, TeRR. 

Chattanooga. Tenn. 

How can TVA directly affect electricity usage by consumers? 

July 23, 2009 
July 28,2009 

The scoping period helped shape the initial development and framework of this IRI? 
TVA used the input received to determine what resource options should be considered 
to meet future demand. TVA used two primary techniques, public meetings and written 
comments, to collect public input during the scoping period. 

Knoxville, Tenn. 

Huntsville, Ala. 

3.1.1 Public Meetings 

July 30,2009 
Aug. 4,2009 
Aug. 6.2009 

During the scoping period, TVA held seven public meetings across the Tennessee Valley 
between July 20 and Aug. 6, 2009 (Figure 3-1). The meetings were conducted in an 
informal, open house format to give participants an opportunity to express concerns, ask 
questions and provide comments. Exhibits, fact sheets and other materials were available 
at each public meeting to provide information about the Draft IF@ and the associated EIS. 

Hopkinsville, Ky 
Starlorille, Miss. 

MemDhis. Tenn. 

Figure 3-1 - Public Scoping Meetings 

Attendees included members of the general public, representatives from state agencies 
and local governments, TVA's congressional delegation representatives, distributors of 
TVA power, non-governmental organizations and other special interest groups. 

Approximately 200 attended the public scoping meetings. TVA subject-matter experts 
attended each meeting to discuss issues and respond to questions about the IRP planning 
process and TVA's power system and programs. 
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3.1.2 Written Comments 

During the scoping period, TVA accepted comments via email, fax, letters, TVKs website, 
public scoping meetings and a scoping questionnaire. At the public scoping meetings, 
verbal comments were recorded by court reporters and attendees were able to submit 
written comments by logging onto TVKs website using TVA supplied computers. 

Overall, TVA received approximately 1,000 comments from the following 
communication tools: 

* Scoping questionnaire 

Email 

* TVKs website 

Public meetings 

Comments were received from four federal agencies and 20 state agencies representing 
six of the seven TVA region states. Some of these responses included specific comments, 
while others stated they had no comments, but asked to review the Draft IRP and the 
associated EIS. Figure 3-2 shows the distribution of scoping comments by geographic area. 

Some agencies, organizations and individuals provided comments specific to TVKs 
natural and cultural resource stewardship activities. These comments were not included 
in the scoping report because they focused on another planning process - TVKs Natural 
Resource Plan (NRP) and associated EIS. The full scoping report on this IFW as well the 
NRP can be found on TVKs website. 

Alabama 
Unknown 6.3% Georgia 

Outside TVA 2.9% 1.8% 
ReQinn \ I / Kentucky 

Figure 3-2 - Distribution of Scoping Comments by Geographic Area 
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3.1.3 Scoping Questionnaire 

A n  11-part scoping questionnaire was distributed at public meetings and made available 
on W K s  website. The questionnaire was developed to elicit public opinion on TVKs 
future generation and efficiency options. At least part of the scoping questionnaire was 
completed by 845 people, and 640 of the respondents answered the write-in questions 
as well as the multiple-choice questions. 

Many of those who completed the questionnaire expressed a willingness to take 
various measures to reduce their energy use or pay higher rates for cleaner energy. 
The willingness to undertake some measures increased with the availability of 
financial incentives. 

After further analysis, the results of the questionnaire indicated that the findings were 
not statistically significant and the survey population was not fully representative of the 
entire Tennessee Valley region. Therefore, TVA decided to conduct a phone survey of 
approximately 1,000 individuals across the entire region in the summer of 2010. 

3.2 Analysis and Evaluation Period 

The analysis and evaluation period took key 
themes and results identified from the scoping 
period and developed the framework for analysis 
and evaluation. The findings were considered 
when TVA developed the range of strategies for 
IF@ analysis. 

During this phase, TVA used the following three 
techniques to collect public input: 

1. Stakeholder Review Group 

2. Public briefings 

3. Phone survey 
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Sept. 24,2009 

Oct. 22 & 23,2009 

Dec. 10 & 11,2009 

Feb. 17,2010 

May 13,2010 

June 29,2010 

July 20 & 21,2010 

Aug. 12,2010 

3.2.1 Stakeholder Review Group 

Chattanooga, Tenn. 

Chattanooga, Tenn. 

Nashville, Tenn. 

Knoxville, Tenn. 

Knoxville, Tenn. 

Murfreesboro, Tenn. 

Chattanooga, Tenn. 

Chattanooga, Tenn. 

Early in the IRP process, TVA recognized it would be difficult to get specific and 
continuous input from the public beyond the scoping period. To obtain more in-depth, 
ongoing input from the public, TVA established an advisory Stakeholder Review Group 
(SRG) in July 2009. 

Oct. 28,2010 

Nov. 18,2010 

Dec. 15,2010 

Jan. 26,2011 

Feb. 24,2011 

The formation of this diverse 16-member review group (listed on page 42) was the 
cornerstone of the public input process. It consisted of representatives from business 
and industry, state agencies, government, distributors of TVA power, academia, special 
interest groups and civic organizations. In addition to providing their individual 
views to TVA, SRG members represented their constituency and reported to them 
on the IRP process. 

Knoxville, Tenn. 

Murfreesboro, Tenn. 

Chattanooga, Tenn. 

Knoxville, Tenn. 

Chattanooga, Tenn. 

The SRG met approximately every month with TVA. Ten meetings were held prior to the 
release of the Draft IRP and the associated EIS at various locations throughout the region. 
Five additional meetings were held between the release of the Draft IRF' and approval of 
the Recommended Planning Direction to facilitate ongoing feedback and guidance for this 
IRE! Figure 3-3 shows the dates and locations of all the SRG meetings. 

I July 29,2009 I Nashville, Tenn. I 
I Aug. 18,2009 I Knoxville, Tenn. I 

I Aug. 26,2010 I Chattanooga,Tenn. I 

Figure 3-3 - Stakeholder Review Group Meetings 
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The meetings were designed to encourage dialogue on all facets of the IRP process, and to 
facilitate information sharing, collaboration and expectations for this IRP. Topics included 
energy efficiency best practices, TVA's power delivery structure, load and commodity 
forecasts and supply resource options. 

Feb. 17,2010 

May 13,2010 

The individual views of SRG members were collected on the entire range of assumptions, 
analytical techniques and proposed energy resource options and strategies. Given the 
diverse makeup of the SRG, there were a wide range of views on specific issues, such as 
the value of energy efficiency programs, environmental concerns and the appropriateness 
of some new technologies. Open discussions supported by the best available data 
facilitated better comprehension of the specific issues. 

Knoxville, Tenn. 

Knoxville, Tenn. 

To increase public access and transparency to the IRP process, all non-confidential SRG 
meeting material (i.e., presentations, agenda and minutes) was posted on TVA's website. 
In addition, TVA developed an internal website specifically for SRG members to post 
information on and to request data from TVA staff. 

3.2.2 Public Briefings 

In addition to the public scoping and SRG meetings, TVA held four public briefings 
(Figure 3-4). The public briefings informed the general public of the IRP process. 

Oct. 23, 2009 Chattanooga, Tenn. 

Nov. 16.2009 Chattanooga, Tenn. 

Figure 3-4 - Public Briefings 

Participants had the option to attend in person or by webinar. The format of the 
public briefings included a brief presentation followed by a moderated Q&A session 
with the audience. 

Topics discussed at the public briefings included an overview of the integrated resource 
planning process, resource options, development of scenarios and strategies and 
evaluation me trics . 

The public briefings attendance averaged 15 to 20 in-person participants and 
approximately 30 to 40 participants by webinar. Videos of the briefings and presentation 
materials were posted on the IRP project website. 
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TVA also briefed the public on the IRP process through presentations given at 
local organizations, clubs and associations including the following: 

* Association of Energy Engineers 

* Tennessee Renewable Energy and Economic Development Council 

Chattanooga Engineers Club 

0 City of Chattanooga 

0 Chattanooga Green Spaces 

0 EPRI Environmental Aspects of Renewable Energy Interest Group Workshop 

0 Clean Energy Speakers Series at Georgia Tech 

0 Howard H. Baker, Jr. Center for Public Policy 

0 Technical Society of Knoxville 

3.2.3 Phone Survey 

To ensure an even wider representation of opinions on 1R.P choices were considered, 
TVA partnered with Harris Interactive to develop a statistically representative phone 
survey of approximately 1,000 Tennessee Valley residents. The customer phone survey 
was conducted during June and July 2010 for the following reasons: 

0 Determine primary power generation concerns among the Tennessee Valley 
residents (i.e., cost, reliability, use of renewables, etc.) 

Determine market potential for voluntary and financially incentivized 
energy efficiency programs 

* Determine market potential of renewable programs, including Green 
Power Switch@ and other existing or planned energy efficiency and 
demand response programs 

0 Estimate potential market pricing for renewable power programs, including the 
additional amounts Tennessee Valley residents are willing to pay each month for 
energy from renewable sources 

Assess Tennessee Valley residents’ attitudes of and satisfaction with TVA, including 
analysis of the services that it provides to the Tennessee Valley 
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Survey results indicated that the Tennessee Valley residents have a favorable attitude of 
TVA, consider system reliability a critical component of utility services and want to see 
TVA focused on keeping prices affordable. 
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Key findings included: 

TVA quality of service 0 94 percent of respondents agreed that providing 
a reliable supply of electricity is very important in 
assessing TVA's quality of service 

0 92 percent indicated that keeping electricity rates 
affordable is important 

Meeting future energy 
needs 

70 percent of respondents also deemed it 
very important for TVA to reduce air pollutants 
and emissions 

Renewable energy 42 percent of respondents believed that adding 
different energy sources, such as solar and wind, into 
TVA resource portfolio should be emphasized the most 
to meet future energy needs 

42 percent of respondents indicated they likely 
would pay more for renewable energy, with the 
following breakdown: 

Those indicating they would definitely pay more 
would pay an average of $12.60 per month to 
ensure that 10 percent of their energy comes from 
renewable sources 

This same group would pay an average of $26.91 
more per month to ensure that all of their energy 
is renewable 

0 Tennessee Valley residents indicating they would 
definitely or probably pay more were willing to pay 
$11 to $20 per month to reduce COz emissions 

0 Opportunities exist for additional Green Power 
Switch@ awareness among Tennessee Valley residents 

Biggest concerns related 0 Cost and billing 
to electricity production 

* Environmental impact 

Quality of power supply 
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3.3 Draft IRP Public Comment Period 

Oct. 6, 2010 

Oct. 7, 2010 

After the Draft IRP was completed in the fall of 
2010, TVA provided an opportunity for the public 
to provide comments and give input. Following 
the Sept. 15, 2010 publication of the Draft IRP with 
EPA, a 52-day comment period was provided to 
solicit input about the Draft IRP from the public. 

Nashville, Term. 

Olive Branch, Miss. 

Originally set to close Nov. 8, 2010, the 45-day 
comment period was extended an additional 
seven days to accommodate several external 
stakeholders’ requests. For this phase of the IRP 
process, TVA presented the results to both internal 
TVA stakeholders and the general public in the 
Draft IRP and the associated EIS. 

Oct. 13, 2010 

Oct. 14, 2010 

TVA used the following three techniques to collect input during the Draft IRP: 

Knoxville, Tenn. 

Huntsville, Ala. 

1. Public meetings 

2. Webinars 

3 .  Written comments 

3.3.1 Public Meetings 

TVA had five meetings with the public across the Tennessee Valley region in October 2010 
(Figure 3-5).  These meetings gave the public an opportunity to present their views on the 
Draft IRP to TVA leadership and subject-matter experts. 

I Oct. 5. 2010 I Bowling Green, Kv. I 

___ 

Figure 3-5 - Public Comment Period Meetings 
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TVA publicized the meetings and webinars by placing advertisements in major newspapers 
and issuing news releases prior to each meeting that many local newspapers carried. 
Before each of the meetings, TVA met with local reporters in each location who frequently 
write about TVA and the IRP process so that they, in turn, could write articles to help the 
public understand the IRP process and draft document. 

Online advertising (i.e., announcements on WAS Facebook page) was used to reach 
an even wider audience. TVAs website was also regularly updated with the latest news 
regarding the IRP process and logistics for each public meeting. 

At each of these meetings, TVA presented an overview of the Draft IRP followed by a 
moderated Q&A session supported by a panel of TVA subject-matter experts. Attendees 
were able to address comments or questions to the panel. Attendees also had the 
option to submit written and verbal comments to a court reporter before or after the 
presentations. A transcript and video of each meeting was recorded. The presentation 
slides and video of the meeting in Bowling Green, Ky., and videos of each Q&A session 
were posted on the WAS website. 

TVA encouraged comments from the public on the Draft IRP and the associated EIS. 
Comments received enabled TVA staff to identify public concerns and recommendations 
concerning the future operation of the TVA power system. The public comments and WAS 
responses are included in the associated EIS. 

3.3.2 Webinars 

To encourage as much participation as possible, members of the public who were not able 
to attend public meetings were able to participate by webinar. Attendees registered in 
advance and were able to access the presentation and participate in the Q&A session from 
personal computers. 

3.3.3 Written Comments 

During the 52-day public comment period, comments were submitted via WAS website, 
email, U.S. mail and fax. Comments and questions recorded at each of the public meetings 
were also considered. 

In all, TVA received approximately 500 responses from a multitude of individuals, 
organizations and agencies. These responses contained 748 comments of which 372 were 
unique and addressed in the associated EIS. A general summary of unique comments 
received during the public comment period on the Draft IRP can be seen in Figure 3-6. 
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1 Email I 38 I 
Online comment form 104 

Webinar comment/question from IW meetings 16 
Oral comment/question from IRP meetings 30 I 
Form Letters (pre-printed post cards) 297 
Total 50 1 

Figure 3-6 - Type of Responses Submitted 

The following organizations and agencies submitted comments: 

* Environmental Protection Agency * Distributors of TVA power 
Natural Resource Defense Council * State agencies 
Southern Alliance for * Tennessee Valley 
Clean Energy 

* Sierra Club Industry groups (i.e., solar energy, 
Earth Justice 

Public Power Association 

natural gas, etc.) 

3.4 Public Input Received During the IRP Process 

Public input received during the IRP process covered a wide spectrum of subjects. From 
public scoping to the comments received on the Draft IW, the ongoing feedback assisted 
TVA in identifying the relevant concerns of the public with respect to resource planning. 
Input received during the IRP process also provided beneficial insight to common public 
perceptions of TVA programs and willingness to invest in certain resource options. For 
example, the SRG and public input encouraged TVA to consider larger renewable portfolio 
targets beyond current resource plans, resulting in consideration of portfolios of 2,500 
and 3,500 Mw; 

54 

Moreover, public input helped develop the framework for analysis and addressed a 
wide range of issues, including the cost of power, recommended resource options, the 
environmenta1 impacts of different resource options and the integrated resource planning 
process. The following sections briefly summarize the issues raised with additional detail 
provided in the associated EIS. 
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Costs of New Capacity, Financing Requirements and Rate Implications 

Concerns about the ability of TVA to design, build and deliver major new capacity on 
time and within budget were expressed. Questions about the validity of construction cost 
estimates for new nuclear capacity were raised. 

The public also expressed concerns about TVA's ability to fund future resource additions 
due to the $30 billion limit on TVA's statutory borrowing authority. TVA's financing options 
to cover the costs of construction for major capital investments are limited to borrowing, 
increasing rates or other less traditional forms of financing. There were also concerns 
about potential impacts on short-term rates. However, some believed that higher rates 
may promote energy efficiency investments. 

While a large number of people were opposed to any future price increases, a number 
of those who completed the scoping questionnaire expressed a willingness to pay 
$ 1420 more per month for TVA to increase generation from non-greenhouse gas 
emitting sources. 

Recommended Energy Resource Options 

The public made recommendations about TVA's future supply- and demand-side resource 
options. TVA's future resource portfolio should: 

Avoid or minimize rate increases 

* Minimize or reduce pollution and other environmental impacts 

* Maximize reliability 

* Contain a diversity of fuel sources 
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The following resources options were mentioned: 

Nuclear expansion * Supported nuclear additions if implemented in a cost-effective, 
responsible way 

* Concerned with rising costs and nuclear waste issues 
related to additions to the nuclear portfolio 

~~ - 

EEDR initiatives Pleased with the contribution of EEDR in the planning 
strategies retained in the Draft IRP 

* Comments regarding the target level of EEDR being studied 
and the potential for larger amounts of EE to displace new 
nuclear capacity 

* Uncertainty about cost, lost revenue impacts and program 
effectiveness; and questioned measurement and verification 
of benefits 

Renewable additions Supported increased renewable generation (including wind, 
solar, locally-sourced biomass and low-impact hydro) as long 
as costs are competitive 

* Stated the need for a stronger commitment to developing 
renewables within the Tennessee Valley region, particularly 
solar, as opposed to imported wind power 

Questioned system operational impacts caused by intermittent 
or off-peak resources (i.e., wind and solar) 

* Commended TVA on the strategy for coal-fired capacity idling 
and to consider larger quantities of idled capacity 

* Concerned with the economic and environmental implications 
of idling certain coal-fired units 

* Concerned about TVKs risk exposure for pending carbon 
legislation and issues related to lead-time for positioning coal- 
fired assets for idling, retirement and/or return to service 

Idling coal-fired 
capacity 

Energy storage Recommended an increase in energy storage capability 

Natural gas Supported additional natural gas-fired generation 
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Environmental Impacts of Power System Operations 

A general concern about pollution was a frequently mentioned issue in regards to the 
TVA power system. Additionally, much of the public felt the issues with air pollutants, 
greenhouse gas emissions, climate change, spent nuclear fuel and coal combustion by- 
products were of high importance. 

Many comments encouraged TVA to decrease its emissions of greenhouse gases while 
others questioned the human influence on climate change. The issue was also raised of 
the impacts of buying coal from surface mines, particularly mountaintop removal mines, 
and recommended that TVA stop this practice. The Kingston Fossil Plant ash spill in 
December 2008 was frequently mentioned. 

The Integrated Resource Planning Process 

Several people addressed the IRP process. Their comments recommended that TVA 
continue to follow industry standard practices; enter the process without preconceptions 
about the adequacy of various resource options; be open and transparent throughout the 
planning process; treat energy efficiency and renewable energy as priority resources and 
address the total societal costs and benefits. 

3.5 Response to Public Input and Comments 

Input received from the general public and stakeholders was a key part of the IRP process. 
Listening to different stakeholders’ perspectives, viewpoints and sometimes competing 
objectives played a prominent role in choosing a Recommended Planning Direction for 
TVA. Appendix F - Stakeholder Input Considered and Incorporated provides examples on 
how key themes were incorporated into the IRP analysis. 
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4 Need for Power Analysis 

The need for power analysis determines the ability of WA's existing energy resources 
to meet projected electricity demand. It defines the capacity gap which is the difference 
between supply and demand over the IRP study period. These needs will continue to vary 
from season to season, day to day and even minute to minute. For the purposes of this 
IRP, the need for power was analyzed through 2029. 

The execution of this analysis included the following four steps: 

1. Estimate demand 

2. Determine reserve capacity needs 

3. Estimate supply 

4. Estimate capacity gap 

4.1 Estimate Demand 

Determination of a need for power begins with long-term forecasts of the growth in 
demand for electricity, both in terms of electricity sales to the end-user and the peak 
demands those end-users place on the TVA system. These forecasts were developed from 
individual, detailed forecasts of residential, commercial and industrial sales, which served 
as the basis for all resource and financial planning activities. Historical forecast accuracy 
was monitored to ensure errors in data or methodology were quickly identified and fixed. 
A range of forecasts (high, expected and low) were also generated to ensure that TV's 
plans were not too dependent on the accuracy of a single forecast. The following sections 
provide more detail on the processes used to develop the forecasted demand. 

4.1.1 Load Forecasting Methodology 

TVA's load forecasting is a complex process that starts with the best available data and 
is carried out using both econometric (statistical economic) and end-use models. W A S  
econometric models link electricity sales to several key economic factors in the market, 
such as the price of electricity, the price of competing energy source options and the 
growth in overall economic activity. Specific values for key variables were used to develop 
forecasts of sales growth in the residential and commercial sectors, as well as in each 
industrial sector. Underlying trends within each sector, such as the use of various types 
of equipment or processes, played a major role in forecasting sales. 
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To capture these trends, along with expected changes in the stock and efficiency 
of equipment and appliances, TVA used a variety of end-use forecasting models. 
For example, in the residential sector, sales were forecasted for space heating, air 
conditioning, water heating and several other uses after accounting for important factors 
(i.e., changes in efficiency over time, appliance saturation and replacement rates and 
growth in the average size of the American home). In the commercial sector, a number 
of categories, including lighting, cooling, refrigeration and space heating, were examined 
with a similar attention to changes in important variables such as efficiency and saturation. 

Since forecasting is inherently uncertain, TVA supplemented its modeling with industry 
analyses and studies of specific major issues that may have the potential to impact those 
forecasts. TVA also produced alternative regional forecasts based on different outcomes 
for key drivers (i.e., economic growth, population growth and economic behaviors) of 
some of TVA’s largest wholesale customers. Two of these alternative forecasts, referred to 
as the “high-load and “low-load’ forecasts, defined a range of possible future outcomes 
with a high level of confidence that the true outcome will fall within this range. This 
ensured that TVA’s resource planning took into account the variability that is the hallmark 
of year-to-year peak demand and energy sales. 

Several key inputs were used as drivers of the long-term forecasts of residential, 
commercial and industrial demand. The most important of these were economic activity, 
the price of electricity, customer retention and the price of other sources of energy such as 
natural gas. These key inputs are described in the following sections. 

Economic Activity 

Periodically, but at least annually, TVA produces a forecast of regional economic activity 
for budgeting, long-range planning and economic development purposes. These forecasts 
are based on national forecasts developed by internationally recognized economic 
forecasting services. 

The economy of the TVA service territory has historically been more dependent on 
manufacturing than the United States on average. Industries such as pulp and paper, 
aluminum, steel and chemicals have been drawn to the region because of the wide 
availability of natural resources, access to a skilled workforce and the supply of reliable 
and affordable electricity. In recent years, regional growth has outpaced national 
growth as manufacturing activities have grown at a faster pace than non-manufacturing 
activities. However, this can also mean that in periods of recession, regional growth will 
contract faster and more sharply given this relatively higher degree of dependence on 
manufacturing. As evidenced by the ongoing recovery from the most recent recession, the 
regional economy tends to recover more quickly and robustly. 
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Future growth is expected to be lower than historical averages as a result of the impacts 
of the recent recession and ongoing recovery as well as the trend of declining U.S. 
manufacturing intensity. As markets for manufacturing industries have become global 
in reach, production capacity has moved overseas from the TVA region for many of the 
same industries. The decline in demand associated with these off-shore industries has 
been offset to some degree by the continued growth of the automobile industry in the 
Southeast over the last 20 years. The TVA region is expected to retain its comparative 
advantage in the automotive industry, as exemplified by the new Volkswagen auto plant 
under construction in Chattanooga, Tenn. However, reduced long-term prospects for the 
U S .  automotive industry will also have an impact on the regional industry. 

Other impacts from the recent recession such as increased financial market regulation 
and tighter credit conditions may also work toward restraining economic growth. These 
impacts could continue in the long-term resulting in a slowdown in future economic 
growth for the TVA region and nation. 

Despite the impacts of a slowed economy, population growth in the Tennessee Valley 
region continues to be strong. Most movement into the region is still primarily driven 
by economic opportunities in the contracting sectors and other expanding sectors in 
the region. Part of this growth is to serve the existing population (i.e., retail and other 
services), but, more importantly, a large part of this growth is related to export services 
that are sold to areas outside the region. Notable examples are corporate headquarters 
such as Nissan (automobile manufacturing) in Franklin, Tenn., Hospital Corporation of 
America (the largest private operator of hospitals in the world) in Nashville, Tenn. and 
FedEx, Autozone, International Paper and Service Master in Memphis, Tenn. 

In addition, the Tennessee Valley has become an attractive region for the growing ranks 
of America's retirees looking for a moderate climate and a more affordable region than 
traditional retirement locations and is increasingly fueled as Baby Boomers exit the 
workforce. The increase in the retiree population has a multiplier effect in the service 
sector, increasing the need for employees to meet growing demand. 

Customer Retention 

In the last 20 years, the electric utility industry has undergone a fundamental change in 
most parts of the nation. In many states, an environment of regulated monopoly has been 
replaced with varying degrees of competition. 

While TVA has contracts with the 155 distributors of TVA power, it is not immune to 
competitive pressures. The contracts allow distributors to give TVA notice of contract 
cancellation, after which they may procure power from other sources. Many of "Ws large 
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directly served customers have the option to shift production from plants in 
the TVA service area to plants in other utilities’ service territories if W K s  rates become 
non-competitive. 

The spring 2010 forecast expected TVKs average price of electricity to remain competitive 
with the rates of other utilities. As a result, the net impact of competition in the medium 
forecast is that TVA will retain the majority of its current customer base. 

Price of Electricity 

Forecasts of the retail price for electricity are based on long-term estimates of TVKs total 
costs to operate and maintain the power system and are adjusted to include an estimate 
of the historical markups charged by distributors of TVA power. These costs, known in the 
industry as revenue requirements, are based on estimates of the key costs of generating 
and delivering electricity, including fuel, variable operations and maintenance costs, 
capital investment and interest. High and low electricity price forecasts are also derived 
using high and low values for these same factors after accounting for any relationships 
that may exist between variables. 

Price of Substitute Fuels 

Considering electricity is a source of energy, the service derived from consuming 
electricity can aIso be obtained, where applications allow, using other sources of energy. 
If the price of electricity is not competitive with the price of other fuels that can provide 
the same energy services as electricity, such as water and space heating, customers may 
move away from electricity in the long-term and substitute cheaper sources of energy. The 
potential for this type of substitution will depend on the relative prices of other fuels, 
the ability of the fuel to provide a comparable service and the physical capability to make 
the change. For example, while consumers can take action to change out electric water 
heaters and replace electric heat pumps with natural gas furnaces, the ability to utilize 
another form of energy to power consumer electronics, lighting and many appliances is 
far more limited by current technology. 

Changes in the price of WA’s electricity compared to the price of natural gas and other 
fuels will influence consumers’ choices of appliances-either electric, gas or other fuels. 
While other substitutions are possible, natural gas prices serve as the benchmark for 
determining substitution impacts in the load forecasts. 
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4.1.2 Forecast Accuracy 

Forecast accuracy is generally measured in part by error in the forecasts, whether day 
ahead, year ahead, or multiple years ahead. Figures 4-1 and 4-2 show annual forecasts 
from 2000 through 2010 for peak load requirements and net system requirements. 
Figure 4-1 is a comparison of actual and forecasted summer peak demand in M X  Figure 
4-2 is a comparison of actual and forecasted net system requirements in GWh. Note that 
the “Norm.Actua1” line represents the normalized value of the annual energy, meaning 
abnormal weather impacts have been removed. 

Figure 4-1 - Comparison of Actual and Forecasted Summer Peak Demand (MW) 
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Figure 4-2 - Comparison of Actual and Forecasted Net System Requirements (GWh) 

The mean annual percent error ( W E ) '  of TVA's forecast of net system energy and 
peal: load requirements for the 2000 to 2009 period was 1.9 percent and 2.8 percent, 
respectively. These include large errors in 2009 as the ramifications of the 2008 financial 
crisis and resulting economic slowdown impacted the economy. In the TVA service 
area, the most significant reductions were in the industrial sector, but it has already 
begun to show signs of recovery. The 2000 to 2008 MAPE was 1.1 percent for net system 
requirements and 2.2 percent for peak load, which is more representative of the accuracy 
of TVA year-in and year-out load forecasts. From informal conversations with peer utilities, 
TvA's MAPE of approximately 1 to 2 percent is in alignment with that of other utilities. 

As mentioned previously in Section 4.1.1, while the economy in the Tennessee Valley 
region may be slightly stimulated by the creation of export services sold to areas outside 
the TVA region, future growth is expected to be lower than historical averages. 
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' W E  is the average absolute value of the error each year; it does not allow over-predictions and 
under-predictions to cancel each other out. 
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This is a result of a number of factors, which include the impacts of the recent recession 
and subsequent recovery, the trend of declining U.S. manufacturing and the projected loss 
of some TVA customer load. 

Figures 4-1 and 4-2 show the magnitude of the downturn of TVA net system requirements 
and summer peak loads due in part to the recession in the region. These trends are the 
result of a decline in energy usage by TVA customers due to a combination of factors 
including changes in the regional economy, improved energy efficiency and rising 
electricity prices. 

4.1.3 Forecasts of Peak Load and Energy Requirements 

To deal with the inherent uncertainty in forecasting, TVA developed a range of forecasts. 
Each forecast corresponds to different load scenarios. Scenarios are described in more 
detail in Chapter 6 - Resource Plan Development and Analysis. Forecasts of net system 
peak load and energy requirements for the IRP reference case and the highest and lowest 
scenarios are respectively shown in Figures 4-3 and 4-4. Peak load grew at an average 
annual rate of 1.3 percent in the Reference Case: Spring 2010, varying from 0 percent in 
the lowest scenario to 2 percent in the highest scenario. Net system energy requirements 
grew at an average annual rate of 1 percent in the IRP reference case, varying from 0 
percent in the lowest scenario to 1.9 percent in the highest scenario. 
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Figure 4-3 - Peak Load Forecast (MW) 

The use of ranges ensured that TVA considered a wide spectrum of electricity demand in 
its service territory and reduced the likelihood that its plans are too dependent on the 
achievement of single-point estimates of demand growth that make up the midpoints of 
the forecasts. These ranges are used to inform planning decisions beyond pure least-cost 
considerations given a specific demand in each year. 
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Figure 4-4 - Energy Forecast (G'wh) 

4.2 Determine Reserve Capacity Needs 

To ensure that enough capacity is available to meet peak demand, including contingency 
for unforeseen events, additional generating capacity beyond which is needed to meet 
expected peak demand is maintained. This additional generating capacity (reserve 
capacity) must be large enough to cover the loss of the largest single operating unit 
(contingency reserves), be able to respond to moment-by-moment changes in system load 
(regulating reserves) and replace contingency resources should they fail (replacement 
reserves). Total reserves must also be sufficient to cover uncertainties such as unplanned 
unit outages, undelivered purchased capacity and load forecasting error. 

TVA identified a planning reserve margin based on minimizing overall cost of reliability to 
the customer. This reserve margin was based on a stochastic analysis that considered the 
uncertainty of unit availability, transmission capability, economic growth and weather to 
compute expected reliability costs. From this analysis a target reserve margin was selected 
such that the cost of additional reserves plus the cost of reliability events to the customer 
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was minimized. This target or optimal reserve margin was adjusted based on TVA's risk 
tolerance in producing the reserve margin used for planning studies. Based on this 
methodology, TVKs current planning reserve margin is 15 percent and is applied during 
both the summer and winter seasons. 

4.3 Estimate Supply 

Next, the current supply- and demand-side resources available to meet this demand were 
identified. TVA's generation supply consists of a combination of existing TVA-owned 
resources, budgeted and approved projects - such as new plant additions and updates to 
existing assets - and PPAs. Each type of generation can be categorized based on its degree 
of utilization in serving electricity demand. Generation can also be categorized by capacity, 
energy type and how it is measured. 

4.3.1 Baseload, Intermediate, Peaking and Storage Resources 

Figure 4-5 illustrates the uses of baseload, intermediate and peaking resources. Although 
these categories are useful, the distinction between them is not always clear. For example, 
a peaking unit, which is typically used to serve only intermittent but short-lived spikes in 
demand, may from time to time be called on to run continuously for an amount of time 
even though it may be less economical to do so. This may be due to transmission or other 
constraints. Similarly, many baseload units are capable of operating at different power 
levels, which gives them some characteristics of an intermediate or peaking unit. This IRP 
considered strategies that take advantage of this range of operations. 
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Figure 4-5 - Illustration of Baseload, Intermediate and Peaking Resources (MW) 

Baseload Resources 

Baseload generators are primarily used to meet energy needs during most hours of 
the year due to their lower operating costs and high availability. Even though baseload 
resources typically have higher construction costs than other alternatives, they have 
much lower fuel and variable costs, especially when fixed costs are expressed on a unit 
basis. An example of a baseload resource that provides continuous, reliable power over 
long periods of uniform demand is a nuclear power plant. Some energy providers may 
also consider natural gas-fired combined cycle plants for use as incremental baseload 
generators. However, given the historical tendency for natural gas prices to be higher than 
coal and nuclear fuel prices when expressed on a unit basis, a combined cycle unit may be 
a more expensive option for larger continuous generation needs. As the fundamentals of 
fuel supply and demand continue to change and if access to shale gas continues to grow, 
this relationship may change in the future. 
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Intermediate Resources 

Intermediate resources are primarily used to fill the gap in generation between baseload 
and peaking needs. These units are required to produce more or less output as the 
energy demand increases and decreases over time, both during the course of a day and 
seasonally. Given current fuel prices and relative generating efficiencies, intermediate 
units are more costly to operate than baseload units, but cheaper than peaking units. 
This type of generation typically comes from natural gas-fired combined cycle plants and 
smaller coal-fied plants. Corresponding back-up balancing supply needed for intermittent 
renewable generation, such as wind or solar, also comes from intermediate resources. It 
is possible to use the energy generated from a solar or wind project as an intermediate 
resource with the use of energy storage technologies. 

Peaking Resources 

Peaking units are expected to operate infrequently during shorter duration, high demand 
periods. They are essential for maintaining system reliability requirements, as they can 
ramp up quickly to meet sudden changes in either supply or demand. Typical peaking 
resources include natural gas-fired combustion turbines (CTs), conventional hydroelectric 
generation and pumped-storage generation. 

Storage Resources 

Storage units usually serve the same power supply function as peaking units but use 
low-cost off-peak electricity to store energy for generation at peak times. An example of 
a storage unit is a pumped-storage plant that pumps water to a reservoir during periods 
of low demand and releases it to generate electricity during periods of high demand. 
Consequently, a storage unit is both a power supply source and an electricity user. 

4.3.2 Capacity and Energy 

Peaks in a power system are measured in terms of capacity (e.g., h4W), which is the 
instantaneous maximum amount of energy that can be supplied by a generating plant 
or system. For long-term planning purposes, capacity can be specified in many forms 
such as nameplate (the maximum design generation), dependable (the maximum that 
can typically be expected in normal operation), seasonal (the maximum that can be 
expected during different seasons of the year) and firm (dependable capacity less all 
known adjustments). 
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Overall power system usage is measured in terms of energy (e.& MWh or GWh) . Energy is 
the total amount of power that an asset delivers in a specified time frame. 
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For example, 1 MSV of power delivered for 1 hour equals 1 MWh of energy and 1,000 
MY# is equal to 1 GWh. Capacity factor is a measure of the actual energy delivered by a 
generator compared to the maximum amount it could have produced. Assets that are run 
constantly, such as nuclear or coal-fired plants, provide a significant amount of energy 
with capacity factors of more than 90 percent. Assets that are used infrequently, such as 
combustion turbines, provide relatively little energy with low capacity factors of less than 
five percent. Ilowever, the energy they do produce is crucial because it is often delivered 
at peak times. 

Energy efficiency can also be measured in terms of capacity and energy. Even though 
energy efficiency does not input power into the system, the effect is similar as it 
represents power that is not required from another resource. Demand reduction is 
also measured in capacity and energy, but unlike energy efficiency, it is not a significant 
reduction in total energy used. 

4.3.3 WA's Generation Mix 

TvA's power generation system employs a wide range of technologies to produce 
electricity and meet the needs of the Tennessee Valley residents, businesses and industries. 
Figure 4-6 shows a breakdown of firm capacity by technology for ~ A ' s  Reference Case: 
Spring 2010. Figure 4-7 shows a breakdown of energy by technology for WA's Reference 
Case: Spring 2010. 

Pumped- 

Figure 4-6 - Reference Case: Spring 2010 - Firm Capacity (Mvp) 
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Figure 4-7 - Reference Case: Spring 2010 - Energy (GWh) 

In 2010, approximately 56 percent of TVA's electricity was produced from coal-fired and 
natural gas-fired plants. Nuclear plants produced about 32 percent and hydroelectric 
plants produced approximately 12  percent. Other generation came from renewable and 
avoided generation sources such as EEDR. 

Figure 4-8 illustrates the changing composition of existing generating resources that are 
assumed in planning or currently anticipated to be operated through 2029. Figure 4-8 
includes only those resources that currently exist or are under contract, such as PPAs and 
EBDR programs, and changes to existing resources that are planned and approved, such 
as projects approved by TVA Board of Directors. 

The total capacity of existing resources decreases through 2029 primarily because of 
the potential to idle coal-fired capacity. Total capacity also decreases as PPAs expire 
and are not extended or replaced. The renewable energy component of the existing 
portfolio is primarily composed of wind PPAs, which are discussed in the associated 
EIS. The current EEDR programs are 0.8 percent of the capacity and are also explained 
in further detail in associated EIS. All IRP strategies included additional renewable 
resources and EEDR programs beyond those depicted in Figure 4-8, as described in 
Chapter 7 - Draft Study Results. 
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Figure 4-8 - Existing Firm Supply (Mw> 

The variety of resource types and the different ways they can be used provides TVA with 
a diverse portfolio of coal, nuclear, hydroelectric, natural gas and oil, market purchases 
and renewable resources. Used together, they are designed to provide reliable, low- 
cost power, while minimizing the risk of disproportionate reliance on any one type of 
resource. 
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4.4 Estimate the Capacity Gap 
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The need for power can be expressed by either the capacity or energy gap. Capacity gap 
is the difference, specified in between the existing firm supply (Figure 4-8) and the 
expected firm requirements, which are the load forecasts (Figure 4-3) adjusted for any 
interruptible customer loads plus reserve requirements. In other words, the capacity gap 
is the difference between total supply and total net demand. This chapter's key reference 
illustrates the supply, demand and resulting capacity gap. 

Energy gap is the amount of energy, specified in GWh, provided by existing resources 
and the new resources added in the reference case minus the energy required to meet 
net system requirements. Net system requirement is the required energy needed to serve 
the load over the entire year. It includes the energy consumed by the end-users plus 
distribution and transmission losses. 

Figure 4-9 shows the resulting capacity gaps based on the spring 2010 peak load forecast 
as represented in the IRP Reference Case: Spring 2010 scenario, as well as the range 
corresponding to the highest and lowest capacity gap scenarios. 

Figure 4-9 - Capacity Gap (Mw> 
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Figure 4-10 shows the same comparison for the energy gaps. 
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Figure 4-10 - Energy Gap (GWh) 

In most scenarios and years, TVA requires additional capacity and energy of 9,600 MW and 
29,000 GWh in 2019, increasing to 15,500 MW and 45,000 GWh by 2029. The alternative 
strategies considered by TVA to meet this gap are detailed in Chapter 7 - Draft Study 
Results -with the Recommended Planning Direction described in Chapter 8 - Final Study 
Results and Recommended Planning Direction. 
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5 Energy Resource Options 

Maintaining the diversity of TVA's energy resource options is fundamental to the ability 
of providing low-cost, reliable power. In order to fill the forecasted capacity gap defined 
in Chapter 4 - Need for Power Analysis, TVA considered the addition of a wide range 
of supply-side generating resources as well as energy efficiency and other demand-side 
resource options. 

TVAs future portfolio of generating assets consists of various fuel sources and diverse 
technologies that support varying power demand and the other services required for 
reliable operation of the power system. TVA's resource portfolio also includes power 
purchases through both short- and long-term contracts, as well as increasing the use of 
renewable resources and demand-side options (ix., EEDR programs). 

5.1 Selection Criteria 

During the scoping process, TVA identified a broad range of resource options. The 
criteria, listed in Sections 5.1.1 and 5.1.2, were applied to these options to narrow down 
and establish a more manageable portfolio. A complete list of resource options considered 
is in the associated EIS. 

5.1.1 Criteria for Considering Resource Options 

The following criteria were applied to determine what resource options should be 
considered as viable for the IRP analysis: 

0 The resource option must utilize a developed and proven technology, or one that 
has reasonable prospect of becoming commercially available before 2029 

0 The resource option must be available to TVA, either within the TVA region or 
importable through market purchases 

0 The resource option must be economical and contribute to the reduction of air 
pollutants, including greenhouse gases, from the TVA power supply portfolio in 
alignment with overall TVA objectives 
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5.1.2 Criteria for Not Considering Resource Options 

The following criteria were applied to determine what resource options should not be 
considered for further analysis in this IRP: 

0 The technology is still in very early stages in terms of maturity, in the 
research phase or under development and not widely available during the 
IRP planning period 

0 The resource option was previously considered by TVA and found to be 
uneconomic or not technically feasible 

The resource option is considered part of what private developers or individuals 
could elect to do as part of their participation in EEDR programs or their 
development of renewable resource purchase options for TVKs consideration, 
but is not a resource option TVA would implement on its own 

0 

5.2 Options Included in IRP Evaluation 

Resource options that TVA considered in the IRP evaluation included existing assets 
in TVKs current generation portfolio from TVA-owned facilities and power purchases. 
Options for new generation also included TVA-owned assets and power purchases as 
well as repowering of current assets. The primary resource options are nuclear, fossil 
and renewable generation, energy storage and EEDR. A comprehensive description of 
all resource options, components, characteristics and technologies is included in the 
associated EIS. 

5 -2.1 Nuclear Generation 

Nuclear - Existing Generation 

The capacity of TVKs existing nuclear units is approximately 6,900 M q  which includes 
three reactors at Browns Ferry Nuclear Plant, two reactors at Sequoyah Nuclear Plant and 
one at Watts Bar Nuclear Plant. On Aug. 1, 2007, the TVA Board of Directors approved the 
completion of the 1,150 MW Unit 2 reactor at the Watts Bar Nuclear Plant. This project 
is included as a current resource in TVKs generating portfolio and is scheduled for 
completion in 2013. 

Nuclear - New Generation 

TVA included Bellefonte Units 1 and 2 at the Bellefonte brownfield site as options in this 
IRP. In addition to the Bellefonte units, non-site specific options based on the Advanced 
Passive 1000 reactor design were also considered. 
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5.2.2 Fossil-Fueled Generation 

coal 

Coal - Existing Generation 

TVA currently operates 11 coal-fired power plants consisting of 56 active coal-fired 
generating units and three idled units with a total capacity of 14,500 Mw: While some 
strategies assumed the continued operation of all the remaining coal-fired assets, others 
assumed placing varying amounts of coal-fired generating capacity into long-term idle 
status. Three of TVA's coal-fired units were idled in fall 2010. The goal of long-term 
idling is to preserve the asset, so that with modifications and environmental additions 
it could be reintroduced into TVA's generating portfolio in the future if power system 
conditions warrant. 

In addition to its owned coal-fired assets, TVA also has access to the output from a coal- 
fired power plant (of approximately 430 MW) through a long-term PPA. 

Coal - New Generation 

TVA included supercritical pulverized coal (SCPC) plants with carbon capture and 
sequestration (CCS) technology as well as integrated gasification combined cycle (IGCC) 
plants with CCS technology as resource options in the IRP evaluation. 

Natural Gas 

Natural Gas - Existing Generation 

TVA has 87 combustion turbines (CT) at nine power plants, with a combined generating 
capacity of approximately 6,000 MW In addition, TVA has the capacity to generate up to 
890 M X  from its distributor partnership with the Southaven Combined Cycle (CC) Plant 
and 540 M X  at the Lagoon Creek CC Plant, which came online in summer 2010. TVA is 
also in the process of completing the construction of an 880 M W  combined cycle plant at 
John Sevier that is expected to be operational in 2012. 

Power purchases from natural gas-fired units owned by independent power producers 
are also part of the current resource portfolio. TVA is currently a party to a long-term lease 
of a 900 Mw CC plant and has PPAs of more than 1,000 M X  related to natural 
gas-fired combined cycle plants. 
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Natural Gas - New Generation 

The IRP evaluation includes both combustion turbine and combined cycle natural gas 
fueled options. Resource options evaluated in this IRP included procurement of power 
from existing merchant combined cycle plants along with self-built TVA or customer- 
owned combined cycle plants of up to 1,730 Mw without specific site locations. The 
refurbishment of the natural gas-fired Gleason plant, consisting of three natural gas-fired 
combustion turbines, was evaluated as a resource option in this IRP, which increases the 
available capacity from 360 to 530 MY?! 

Petroleum Fuels 

Petroleum Fuels - Existing Generation 

Currently, TVA contracts for a number of diesel fuel generated power purchases, totaling 
120 m 
Petroleum Fuels - New Generation 

Petroleum power purchases are expected to be phased out by 2029. There are no 
diesel fuels or other petroleum based resource options as a primary fuel source under 
consideration in this IRP because of emissions from these facilities. 

5.2.3 Renewable Generation 

TVA defines renewable energy as energy production that is sustainable and often naturally 
replenished (e.g., solar, wind, methane, biomass, geothermal and hydro). TVA presently 
provides renewable energy from TVA facilities and from energy acquired by PPAs. For 
purposes of the IRP analysis, planning strategies were developed to test a broad range 
of renewable additions. Therefore, renewable additions incorporated into this IRP were 
scheduled based on two given renewable portfolio amounts-2,500 Mw and 3,500 MTK 
These targets are beyond TVA's current renewable resource plan (represented as the 1,500 
Mw portfolio), but would be in addition to TVA's existing clean energy generation sources, 
which include existing hydro and nuclear. As described below, renewable energy from 
these resources is also considered in this IRP. Additional detail can be found in Appendix 
D - Development of Renewable Energy Portfolios. 

Conventional Hydroelectric 

Hydroelectric - Existing Generation 

TVA operates 109 conventional hydroelectric generating facilities at 29 of its dams. These 
facilities have the capacity to generate 3,538 Mw of electricity. TVA is also systematically 
updating aging turbines and other equipment in its hydro plants. 
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Hydroelectric - New Generation 

TVA included additional as-yet-unapproved modernization projects (a total of 90 MW by 
2029) as a resource option for its IRP evaluation as well as up to 144 MW of small hydro 
by 2029. TVA also included small- and low-head hydropower as an IRP resource option. 

Energy Storage 

Energy Storage - Existing Generation 

TVA operates one large energy storage facility, the 1,615 MW Raccoon Mountain Pumped- 
Storage Plant, which provides critical flexibility to the TVA system by storing power at off- 
peak times for use when demand is high. 

Energy Storage - New Generation 

An additional pumped-storage resource option of 850 M W  was included in all cases going 
forward. In addition, a compressed air energy storage (CAES) option is evaluated in this 
ID. TVA did not evaluate any electric battery storage options because of operational 
limitations. 

Wind 

Wind - Existing Facilities 

TVA currently purchases the output from the Southeast’s largest wind farm, consisting 
of 15 turbines on Buffalo Mountain near Oak Ridge, Tenn. In addition, TVA owns an 
additional three turbines at that location. 

TVA has also entered into contracts with other third-party developers for the long-term 
purchase of wind power. Requests for proposals were issued in December 2008 for 
additional wind power. By the end of 2010, TVA had contracted to receive power from 
approximately 1,600 MW of wind power. Iberdrola Renewables began supplying 300 MW 
from the Streator Cayuga Ridge Wind Farm in Livingston County, Ill. Additional wind 
power agreements exist with Horizon Wind Energy LLC (115 MW which started in fall 
2010), CPV Renewable Energy Company (365 MW starting 2012) and Invenergy LLC (600 
M W  starting in 2012). All contracts are contingent on meeting applicable environmental 
requirements and obtaining firm transmission paths to TVA. 

All wind contracts selected were competitive with forecasted market electricity prices at 
the time those contracts were evaluated. In December 2008, when TVA issued the request 
for proposals, no economically feasible in-valley proposals were received. 
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Wind - New Generation 

TVA cannot take direct advantage of the current investment incentives offered to 
wind power developers. These incentives help make wind power more economically 
competitive with other generation resources. As such, the option of constructing its 
own wind power facilities in the TVA region was not included. Instead, TVA has taken 
the approach of procuring wind power resources through PPAs and included this as a 
resource option in this IW. The procurement of wind resources, whether in or imported 
to the TVA region, through a request for proposal process ensures lower costs to TVA 
customers. This approach could change to a self-build option in the future if investment 
incentives and/or future federal or state renewable mandates change. 

Solar 

Solar - Existing Generation 

TVA owns 14 photovoltaic (PV) installations with a combined capacity of about 280 kW 
of capacity. TVA also purchases power from PV installations through TVA's Generation 
PartnersSM program. 

Solar - New Generation 

For reasons similar to new wind generation, TVA cannot take advantage of the current 
investment incentives offered to solar power developers that help make solar power more 
economically competitive with other resource options. As a result, TVA has taken the 
approach of procuring solar power resources through PPAs and included it as a resource 
option in this IW. This approach could change to a self-build option in the future if 
investment incentives and/or federal or state renewable mandates change. 

Biomass 

Biomass - Existing Generation 

TVA generates electricity by co-firing methane from a nearby sewage treatment plant at 
Allen Fossil Plant and by co-firing wood waste at Colbert Fossil Plant. In addition, TVA 
currently purchases about 91 M\;y7 of biomass-fueled generation. These purchases include 
9.6 Mvsr of landfill gas generation, 70 Mvlr of wood waste generation and 11 MvEr of corn 
milling residue generation. 

Biomass - New Generation 
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TVA included up to 490 h W  of biomass generation and landfill gas generation as resource 
options to be evaluated in this IW. Most of this biomass is generated through PPAs, while 
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some of it is not. TVA also included the conversion of existing coal-fired units to biomass- 
fired units and co-firing biomass with coal at existing coal-fired units as IRP resource 
options to be evaluated. TVA is currently performing biomass fuel availability surveys in 
the region, and a comprehensive study is underway to assess the feasibility of converting 
one or more coal-fired units to biomass fuel. 

5.2.4 Energy Efficiency and Demand Response 

EEDR - Existing Program 

TVA has an existing portfolio of programs focused on EEDR. As currently implemented, 
TVKs EEDR portfolio focuses on reduction in peak demand and has an avoided peak 
capacity in excess of 300 MY as of EYI.0. 

EEDR - New Program 

This IRP reflects TVA's increased focus on EEDR. These reductions are in addition to 
energy savings from laws, policies and independent programs of distributors of TVA 
power. The IRP reference strategy includes an EEDR program that reduces required 
energy and capacity needs by approximately 14,000 GWh and 4,700 M\x: respectively, 
by 2029. 

A list of proposed EEDR programs for TVA implementation is listed in the associated EIS. 

5.2.5 Power Purchases 

Power purchases refer to the procurement of energy and/or capacity from other suppliers 
for use on the TVA system in lieu of TVA constructing and operating its own resources. 
Power purchases provide additional diversity for TVKs portfolio. TVA is currently a party 
to numerous short- and long-term PPAs. PPA options are included in the IRP evaluation. 
For all PPAs, it is assumed that the supplier will either interconnect with TVA transmission 
or obtain a transmission path to TVA if outside the TVA region. 

5.2.6 Repowering Resources 

Repowering electrical generating plants is the process by which utilities update and 
change the fuel source or technology of existing plants to realize gains in efficiency or 
output that was not possible at the time the plant was constructed. TVA has included 
approved repowering projects in its forecast for existing resources and included other 
as-yet-unapproved repowering options in the IRP evaluation. 
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6 Resource Plan Development and Analysis 

TVA employed a scenario planning approach in the development of the Draft and the final 
IRP. This approach is commonly used in the utility industry. The goal of this approach was 
to develop a “no-regrets” strategy that was relatively insensitive to uncertainty. In other 
words, once strategic decisions were made, the strategy would perform well regardless of 
how the future unfolds. The processes used in the scenario planning approach, including 
evaluation methods and strategy selection, are outlined in this chapter. 

This chapter describes the following six steps of the Draft IRP process: 

1. Development of the scenarios and strategies used to conduct the scenario 
planning analysis 

2. Resource portfolios optimization modeling 

3. Development of scenario planning scorecards to measure the performance 
of the portfolios and strategies developed in the scenario planning analysis 

4. Identification of preferred planning strategies for publication in the Draft IRP 

5.  Incorporation of public input and performance of additional scenario 
planning analyses 

6. Identification of the Recommended Planning Direction 

6.1 Development of Scenarios and Strategies 

Scenario planning is useful for determining how various business decisions will perform 
in an uncertain future. Multiple strategies, which represented business decisions that 
TVA can control, were modeled against multiple scenarios, which represented uncertain 
futures that TVA cannot control. The intersection of a single strategy and a single scenario 
resulted in a resource portfo1io.l A portfolio is a 20-year capacity expansion plan that is 
unique to that strategy and scenario combination. 

Modeling multiple strategies within multiple scenarios resulted in a large number of 
portfolios. Proper analysis of these portfolios was a challenge. Accordingly, during early 
stages of the analysis, it was more important to observe trends or common characteristics 
that strategies exhibited over multiple scenarios rather than focusing on specific outcomes 
in individual portfolios. If a strategy behaved in a similar manner in most scenarios, the 
modelers could be confident of its robustness. Characteristics of robustness included 
increased flexibility, less risk over the long term and the ability to mitigate the impacts of 

‘Portfolios are also referred to as capacity expansion plans or resource portfolios 
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uncertainty. Conversely, a strategy that behaved differently or poorly in each scenario that 
it was modeled within was considered more risky and indicated 
a higher probability for disappointment and future regret. 

6.1.1 Development of Scenarios 

Most quantitative models focus on what is statistically likely based on histoy, market 
data and projected future patterns. The scenarios developed for the planning approach 
operated differently by utilizing assumptions that the future evolves along paths not 
suggeged by history. They were not assigned a probability that one particular future is 
more likely to occur than another. Using this approach, scenarios identified and framed 
plausible futures that were studied in the development of the long-range resource plan. 

The following three-step process was used to develop scenarios used in this IRP: 

1. Identification of key uncertainties 

2 .  Development of scenarios 

3. Determination of scenario 
uncertainty values 

Identification of Key Uncertainties 

TVA, with input from the SRG, identified uncertainties that were used as building blocks 
to develop scenarios for this IRP. The key uncertainties are listed in Figure 6-1. 
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heenhouse 
;as (GHG) 
:equirements 

Environmental 
sutlook 

Energy efficiency 
and RES 

Total load 

Capital expansion 
viability & costs 

Financing 

Commodity prices 

Contract purchase 
power cost 

Change in load 
shape 

Construction cost 
escalation 

Reflects level of emission reductions (COz and other GHG) mandated by federal 
legislation plus the cost of carbon allowances 

Zhanges in regulations addressing: 
Air emissions (exclusive of GHG) 
Land 
Water 
Waste 

Reflects mandates for minimum generation from renewables and the viability of 
renewable generation sources 
It includes the percentage of the RES standard that can be met with energy efficiency 

Reflects variance of actual load to what is forecast 
Accounts for benefits of EEDR penetration 

For nuclear, fossil, other generation and transmission, includes risks associated with: 
Licensing 
Permitting 
Project schedule 

Financial cost (interest rate) of securing capital 

Includes natural gas. coal. oil. uranium and suot mice of electricity 
- 

Reflects demand cost, availability of power and transmission constraints 

Includes effects of factors such as: 
* Tie-of-use rates 
* Plug-in Hybrid Electric Vehicles (transportation) 

Distributed generation 
Economics changing customer base 

0 Commodity cost escalation 
0 Labor and enuiDment cost escalation 

Energy storage 
Energy efficiency 
Smart grid / 
demand response 

Includes the following for nuclear, fossil and other generation: 

Figure 6-1 - Key Uncertainties 

Development of Scenarios 

Scenarios were constructed by utilizing various combinations of the key uncertainties in 
Figure 6-1. They were then further refined to ensure that the following characteristics for 
each scenario: 

* Represented a plausible, meaningful future “world” (e.g., uncertainties related 
to cost, regulation and environment) 

Were unique among the scenarios being considered for study 

Reflected a future that TVA could find itself in during the timeframe studied in 
this IRP 
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* 

Placed sufficient stress on the resource selection process 

Provided a foundation for analyzing the robustness, flexibility and adaptability 
of each combination of various supply- and demand-side options 

0 Captured relevant key stakeholder interests 

A summary of the scenarios selected for the IRP analysis is shown in Figure 6-2. During the 
scoping phase in summer 2009, Scenarios 1 through 6 were developed for use in the Draft 
IRP analysis. Scenario 7 was also developed as a reference case in the Draft IRP. It closely 
resembled ’I”s long-term planning outlook at the time the original scenarios were 
developed. Another reference case, Scenario 8 was added after the publication of the Draft 
IRP. It captured the impacts of the recent recession and was used in subsequent analysis. 

Economy recovers stronger than expected and creates high demand for electricity 
Carbon legislation and renewable electricity standards are passed 
Demand for commodity and construction resources increases 
Electricity prices are moderated by increased gas supply 

Mitigation of climate change effects and development of a “green economy” is a priority 
* The cost of CO, allowances, gas and electricity increase significantly 

Industry focus turns to nuclear, renewables, conservation and gas to meet demand 

Prolonged, stagnant economy results in low to negative load growth and delayed 

Federal climate change legislation is delayed due to concerns of adding further pres- 

Strong economy with high demand for electricity and commodities 
High price levels and concerns about the environment incentivize conservation 
Game-changing technology results in an abrupt decrease in load served after 

The U.S. focuses on  reducing its dependence on non-North American fuel sources 
Supply of natural gas is constrained and prices for gas and electricity rise 
Energy efficiency and renewable energy move to the forefront as an objective of achieving 

Federal climate change legislation is passed and implemented quickly 
High prices for gas and CO, allowances increase electricity prices significantly 
U.S. based energy-intensive industry is non-competitive in global markets and leads 

Economic growth lower than historical averages 
Carbon legislation is passed and implemented by 2013 
Natural gas and electricity prices are moderate 

Economic outlook includes economic recovery, but growth is at a slightly lower rate 

Natural gas prices are lower to reflect recent market trends 

Economy Recovers 
Dramatically 

Environmental Focus 
is a National Priority 

Prolonged Economic 
Malaise 

expansion of new generation 

sure to the economy 

Game-changing 
Technology @ 

strong growth 

Energy Independence 

energy independence 

Carbon Regulation 
Creates Economic 
Downturn to an economic downturn 

Reference Case: 
Spring 2010 

Reference Case: 
Great Recession 
Impacts Recovery 

than Scenario 7 due to lingering recession impacts 

Figure 6-2 - Scenarios Key Characteristics 

INTEGRATED RESOURCE P L A N  



Determination of Scenario Uncertainty Values 

Once each of the key uncertainties were defined, specific numerical values for each aspect 
of the scenarios were developed utilizing the following assumptions: 

* Climate change uncertainty will be based upon stringency of requirements and 
timeline required for compliance and cost of CO, allowances 

An aggressive EPA regulatory schedule is expected to create additional compliance 
requirements (e.g., Hazardous Air Pollutants Maximum Achievable Control 
Technology [HAPS MACT], revised ambient air standards, etc.) 

Command and control regulations for HAPS MACT will likely drive plant-by-plant 
compliance 

* 

* RES will help accomplish GHG reduction required at the federal level 

* The spot price of electricity will be correlated with the price of natural gas and coal 

* Demand, primarily driven by economic conditions, will be affected by energy 
efficiency, demand response and other factors 

* Schedule risk will be related to demand as well as the uncertainty of permitting 
and licensing generation and transmission projects 

* Economic conditions and associated inflationary pressures will become the 
primary drivers for changes in financing costs 

Construction costs will be driven by demand as well as availability of labor, 
equipment, design and raw materials 

* 

Economic conditions will become the primary driver, but the legislative/regulatory 
environment will apply additional pressure by introducing uncertainty related to 
potential schedule impacts 

* Cost and availability of contract power purchases will be primarily driven by 
economic conditions and local area demand (i.e., load growth) 
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A detailed description of each scenario's uncertainty values is shown in Figure 6-3. 
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Figure 6-3 - Scenario Descriptions 
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6.1.2 Development of Planning Strategies 

Coal-fired 
capacity idling 

Energy storage 

Nuclear 

M e r  development of the scenarios, planning strategies were designed to test the various 
business decisions and portfolio choices that TVA has control over and might consider. 
Strategies are very different from the scenarios. Whereas, scenarios describe plausible 
futures and include factors that TVA cannot control, strategies describe business decisions 
over which TVA has full control. In the end, a well-designed strategy would perform well 
in many possible scenarios whereas a poorly designed strategy would frequently not 
perform well. 

A proposed schedule of coal-fired unit idling that will be tested in each strategy 

Option to include a pumped-storage unit in selected strategies 

Constraints related to the addition of new nuclear canacirv 

Defined Model Input 

Defined Model Input 

Constraint 

The following three-step process was used to design the strategies in this IRP: 

coal 

Gas-fired supply 
(self-build) 

Market Durchases 

1. Identification of key components 

2 .  Development of strategies using 
key components 

3. Definition of strategy 

Limitations on technology and timing for new coal-fired plants Constraint 

Constraint 

constraint 

Limitations on gas-fired unit expansion 

Level of market reliance allowed in each stratem 

Identification of Key Components 

Type and level of transmission infrastructure required to support resource 
options in each strategy Transmission 

To define the planning strategies, nine distinct categories of components were identified. 
The choice of components was influenced by comments received during the public 
scoping period and input from the SRG. Comments stated that TVA should challenge its 
targets for EEDR and renewables beyond the current portfolios. Accordingly, the ranges 
for both components were significantly expanded. The components for the planning 
strategies are described in Figure 6-4. 

Constraint 

EEDR portfolio 

Renewable additions 

The level of EEDR included in each strategy 

The amount of renewable resources added in each strategy 

I Defined Model Input 

Defined Model Input 

Figure 6-4 - Components of Planning Strategies 
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As noted in Figure 6-4, there were two types of components, used in the model. 

Defined model inputs 

Constraints in the model 
optimization 

These components were scheduled or 
predetermined. This applied to both the timing and 
the quantity of specific asset decisions 

These components constrained the optimization 
of asset choices such as minimum build times, 
technology limitations and other strategic constraints 
including limits on market purchases. The capacity 
optimization model selected resources that were 
consistent with these constraints 

Development of Strategies Ushg Key Components 

TVA combined these nine components and created five distinct planning strategies 
for the Draft IRP analysis. Figure 6-5 lists the five distinct planning strategies and their 
ley characteristics. 

Limited Change in Current 
Resource Portfolio 

Retain and maintain existing generating fleet (no additions beyond Watts Bar 

Rely on the market to meet future resource needs 
Unit 2) 

Baseline Plan 
Resource Portfolio 

Diversity Focused 
Resource Portfolio 

Nuclear Focused 
Resource Portfolio 

EEDR and Renewables 
Focused Resource Portfolio 

Allows for nuclear expansion after 2018 and new gas-fired capacity as needed 
Assumes idling of approximately 2,000 MW of coal-fired capacity 
Includes EEDR portfolios and wind PPAs 

Allows for nuclear expansion after 2018 and new gas-fired capacity as needed 
Increases the contribution from EEDR portfolio and new renewables 
Adds a pumped-storage unit 

* Assumes idling of approximately 3,000 MW of coal-fired capacity 

* Allows for nuclear expansion after 2018 and new gas-fired capacity as needed 
* Includes an increased EEDR portfolio compared to other strategies 

Assumes idling of approximately 7,000 MW of coal-fired capacity 
Includes new renewables (same as Strategy C) 
Includes a pumped-storage unit 

Assumes greatest reliance on EEDR portfolio of any strategy and includes 
largest new renewable portfolio 
Assumes idling of approximately 5,000 MW of coal-fired capacity 
Delays nuclear expansion until 2022 
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Figure 6-5 - Planning Strategies Key Characteristics 
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Definition of Strategy 

Once each strategy's key characteristics were defined, specific numerical values for each 
component of each strategy were defined as shown in Figure 6-6. 

14,400 annual GWh 

fleet reductions 

4.725 annual GWh 
reductions by 2020 

fleet reductions leet reduction 

Add on pumped- 
storage unit 

First unit online no 
earlier than 2022 

Units at least 2 
years apart 

Additions limited 
to 3 units 

'irst unit online no 
:arlier than 2018 

Jnits at least 2 
rears apart 

First unit online no 
zarlier than 2018 

Units at least 2 
years apart 

No new additions 
after WBN2 Nuclear Same as Strategy B 

New coal units are 
outfitted with CCS 

First unit online no 
earlier than 2025 

Coal No new additions Same as Strategy B No new additions 

Same as Strategy B 

Same as Strategy B 

Same as Strategy B 
Gas-fired 

(self-build) 
supply 

Meet remaining 
supply needs with 
gas-fired units 

No new additions Same as Strategy B 

N o  h i t  on market 
purchases beyond 
current contracts 
and extensions 

Purchases beyond 
current contracts 
and contract 
extensions limited 
to 900 MW 

Market 
purchases Same as Strategy B Same as Strategy B Same as Strategy B 

Increase 
transmission 
investment to 
support new 
supply resources 
and ensure system 
reliability 

Pursue inter- 
regional projects to 
transmit renewable 
energy 

Potentially 
higher level of 
transmission 
investment to 
support renewable 
purchases 

Transmission 
expansion (if 
needed) may 
have impact on 
resource timing 
and availability 

Potentially 
higher level of 
transmission 
investment to 
support market 
purchases 

Transmission 
expansion (if 
needed) may 
have impact on 
resource timing 
and availability 

Complete upgrades 
to support new 
supply resources 

Transmission Same as Strategy C 

I Defined model inputs Optimized model inputs I 

Figure 6-6 - Strategy Descriptions 
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Strategy components were utilized in the modeling in several different ways. For example, 
Strategy A has specific defined constraints, such as including no new coal additions and 
1,300 Mvlr of renewable resource additions. Other components specified timing, such as 
adding nuclear resources no earlier than 2018 and no new coal additions in Strategy B. 
Reactive constraints were also identified, such as the need to build additional transmission 
capacity if imports from renewables exceed a certain limit. 

6.2 Resource Portfolios Optimization Modeling 

The generation of resource portfolios was a two-step process. First, an optimized 
capacity expansion plan was generated, which was then followed by a financial analysis. 
This process was repeated for each strategy/ scenario combination and for additional 
sensitivity runs. 

6.2.1 Development of Optimized Capacity Expansion Plan 

TVA utilized a capacity optimization model, System Optimizer, which is an industry 
standard software model developed by Ventyx. This model utilized an optimization 
technique where an “objective function” (i.e., total resource plan cost) was minimized and 
subject to a number of constraints by using mixed integer linear programming. 

Resources were selected by adding or subtracting assets based on minimizing the present 
value of revenue requirements (PVRR). PVRR represents the cumulative present value of 
total revenue requirements for the study period based on an eight percent discount rate. 
In other words, it is the today’s value of all future costs for the study period discounted to 
reflect the time value of money and other factors, such as investment risk. 

In addition, the following constraints were observed: 

Balance of supply and demand 

Energy balance 

Reserve margin 

0 Generation and transmission operating limits 

Fuel purchase and utilization limits 

Environmental stewardship 

System Optimizer uses a simplified dispatch algorithm to compute production costs. The 
model used a “representative hours” approach in which average generation and load 
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values in each representative period within a week were scaled up appropriately to span 
all hours of the week and days of the months. 

Year-to-year changes in the resource mix were then evaluated and infeasible states were 
eliminated. The least-cost path (based on lowest PVRR) from all possible states in the 
study period was retained in the Draft IRP as the optimized capacity expansion plan. 

6.2.2 Evaluation of Detailed Financial Analysis 

Next, each capacity expansion plan was evaluated using an hourly production costing 
algorithm, which calculated detailed production costs of each plan, including fuel and 
other variable operating costs. These detailed cost simulations provided total strategy 
costs and financial metrics that were used for evaluation of the results. 

This analysis was accomplished using another Ventyx product called Strategic Planning 
(MIDAS). This software tool uses a chronological production costing algorithm with 
financial planning data used to assess plan cost, system rate impacts and financial risk. 
It also utilized a variant of Monte Carlo analysis1, which is a sophisticated analytical 
technique that varies important drivers in multiple runs, to create a distribution of total 
costs rather than a single point estimate, which allows for risk analysis. The Monte Carlo 
analysis in MIDAS utilized 13 key variables. 

The following variables were selected by TVA for the analysis: 

Commodity prices - natural gas, coal, CO,, SO, and NOx allowances 

Financial parameters - interest rates and electricity market prices 

0 Operating costs - capital as well as operation and maintenance 

Dispatch costs - hydro generation, fossil and nuclear availability 

0 Load forecast uncertainty 

Total PVRR for each resource plan was calculated taking into account additional 
considerations. These considerations included the cash flows associated with financing. 
The model generated multiple combinations of the key assumptions for each year of the 
study period and computed the costs of each combination. Capital costs for supply-side 
options were amortized for investment recovery using a real economic carrying cost 
method that accounted for unequal useful lives of generating assets. 

'Monte Carlo analysis is also referred to as stochastic analysis 
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Present value calculations are widely used in business and economics to provide a means 
to compare cash flows at different times on a meaningful basis. It also ensures that assets 
with higher capital costs and longer service lives are not unduly penalized relative to 
assets with lower capital costs and relatively shorter economic lives. 

The short-term rate metric was also calculated and provided an alternative representation 
of the revenue requirements for the 2011-2018 timeframe expressed per MWh. This metric 
was developed to focus on the near-term impacts to system cost in recognition of TVA's 
current debt cap of $30 billion and the likelihood that the majority of capital expenditures 
in the short-term1 may have to be funded primarily from rates. 

6.2.3 Development of Portfolio 

Portfolios are the output of the modeling process described in Section 6.2 - Resource 
Portfolios Optimization Modeling, and represent the outcome of choices made for a given 
view of the future. During the Draft IRP process, an optimized portfolio was developed for 
each of the five planning strategies within each of the six scenarios and for the Reference 
Case: Spring 2010. The end result was 35 distinct portfolios. Each portfolio represented 
a 20-year capacity expansion plan. The portfolios consisted of assets that represented 
various resource selections and cost characteristics optimized to meet TVA's capacity and 
energy needs for the 1R.P study period. 

Due to the nature of the analysis, certain elements (i.e., emphasis on EEDR and nuclear 
energy) of some strategies remained relatively constant across the scenarios. However, 
other elements (i.e., amount of natural gas-fired capacity and market purchases) were 
variable and determined by the interplay between each planning strategy and the scenario 
within which it was analyzed. 

6.3 Development of Evaluation Scorecard 

The use of a scenario planning approach, combined with multiple strategies to be 
considered, resulted in a large number of distinct 20-year resource portfolios that 
required analysis and evaluation. Rather than looking for the best single solution 
contained within a large number of portfolios, the scenario planning approach looked 
for trends or characteristics common to multiple portfolios with a focus on outcomes 
considered to be successful and the strategies that guided those outcomes. Definition of 
what is considered successful, although difficult, was a key component in the evaluation of 
the planning strategies. Development of a scorecard to communicate the success or failure 
of the different portfolios was vital to the success of this evaluation process. 
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The following sections describe the creation of the IRP scorecard, including development 
of the ranking and strategic metrics. Although not part of the scorecard, the development 
of a technology innovation narrative is also discussed below. 

Portfolio 

6.3.1 Scorecard Design 

Lmking Metric 
Score cost Risk 

Identification of preferred planning strategies in the Draft IRF and development of the 
Recommended Planning Direction in the final I€@ involved a trade-off analysis. The 
analysis was focused on multiple metrics of cost, risk, environmental impacts and other 
aspects of TVA’s overall mission. 

Carbon 
Footprint 

A scorecard was designed for each strategy and was used to facilitate this trade-off analysis. 
The scorecard template (Figure 6-7) was comprised of two sections - ranking metrics 
and strategic metrics. A technology innovation narrative was included apart from the 
scorecard to help identify which strategies would be supported by particular technology 
innovations. 

Growthin Water Waste 
Impact Impact Employment 

Total Score: u 
Figure 6-7 - Planning Strategy Scorecard 

Ranking Metrics 

Ranking metrics were used to quantify the financial impact of each given portfolio. Two 
metrics, cost and risk, were selected based on their ability to highlight differences between 
the portfolios. To further highlight differences, the ranking metric score was calculated as 
a blend of the two metric’s scores. 
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Cost  Metric 
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Production of the financial metrics PVRR and short-term rates was described in Section 
6.2.1. The cost metric used in the strategy scorecard combined these two metrics using 
the following weighted formula: 

Cost = 0.65 :Ic PVRR + 0.35 :) short-term rates 

By considering the expected values for PVRR and short-term rates, TVA was able to better 
evaluate the cost and rate implications for various portfolios. The inclusion of both 
short-term rates and total revenue requirements helped to facilitate a trade-off analysis of 
alternative resource plans. This allowed TVA to explicitly evaluate funding implications, 
consistent with stakeholder concerns regarding increasing rate pressures. 

Risk Metric 

The PVRR risk metric was computed using both a risk ratio and a riskbenefit ratio metric 
for each portfolio, as shown in Figure 6-8. 

Benefit 

95th - Expected Value 

Expected Value 
Risk Ratio = 

Risk/Benefit = 95th - Expected Value 
Ratio Expected Value - 5th 

5th Expected 
Value 

95th 

PVRR 

Figure 6-8 - Financial Risk Metrics 
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The risk metric used in the strategy scorecard combined these two metrics using the 
following weighted formula. 

Risk = 0.65 risk ratio + 0.35 :I: riskhenefit ratio 

The risk ratio was expressed as the ratio of the difference between the 95th percentile of 
PVRR from the stochastic analysis and the expected value. It is a measure of the absolute 
“size” of the risk relative to the expected cost under each strategy within each scenario. A 
higher value signifies a portfolio with a relatively higher level of risk. The riskhenefit ratio 
captured the “risk” of a portfolio by examining the potential of exceeding the expected 
PVRR compared to the benefit of not exceeding the expected PVRR, expressed as a ratio. It 
compared the potential risks and the potential benefits of a strategy to determine whether 
or not the “risks and rewards” balance was weighted in favor of the customer. 

Ranking Metric Score 

The ranking metrics score combined the cost and risk metrics using the following 
weighted formula. 

Ranking metrics score = 0.65 :k cost -t- 0.35 * risk 

This metric allowed evaluation of the interaction between financial risks and overall plan 
cost. For example, desirable low costs may require accepting a greater risk exposure, or 
to achieve an acceptable level of financial risk may mean selecting a plan with costs that 
are slightly higher than the least-cost option. The trade-offs required to balance these 
competing objectives helped identlfy the preferred planning strategies in the Draft IRP 
and the Recommended Planning Direction in the final IRP. 

Strategic Metrics 

Strategic metrics developed to consider other parts of WAS mission were paired 
with ranking metrics to complete the IRP scorecard. Two strategic metrics were 
developed - environmental stewardship and economic impact. 

Environmental Stewardship Metric 

The environmental stewardship metric was developed to evaluate air, water and waste 
impacts. In the air metric evaluation, CO,, SO,, NOx and Hg emissions were calculated 
for each portfolio. Emissions trends for SO,, NOx and Hg were steeply reduced because 
all cases chose large levels of coal-fired unit idling (2,000-7,000 MW) and controlled (90 
percent or better emission removal rates) operating units in the future. For simplicity, the 
air metric was represented as a CO, impact footprint factor (annual average tons) because 
similar trend lines were tracked in all cases for CO,. N o  additional significant insight was 
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gained using all air emissions as opposed to using only CO,. Therefore, the air metric is 
represented as a CO, impact “footprint” factor (annual average tons). 

The water component of the environmental stewardship metric represents the thermal 
load produced through the condenser cooling cycle from steam generating plants to 
measure thermal impacts to the environment. The water impact was estimated based on 
the total heat dissipated by the condenser in the generation cooling cycle. 

In addition to air and water impacts, certain generation sources produce waste streams 
that require disposal. The waste component used in this analysis focused on coal and 
nuclear generation, which are the primary sources of waste streams. The volumetric and 
disposal costs were used to better normalize differences in mass generated (tons). Waste 
streams that were estimated included coal ash, flue gas desulfurizationlscrubber waste and 
high- and low-level nuclear waste. 

The final evaluation criteria for both water and waste relied on surrogate measures as a 
proxy for environmental impacts. Both provided a reasonable and balanced method for 
evaluating planning strategies when compared with other components. Additional detail 
on the environmental stewardship metrics is in Appendix A - Method for Computing 
Environmental Impact Metrics. 

Economic Impact Metric 

Economic impact metrics were included to provide an indication of the impact of each 
strategy on the general economic conditions in the Tennessee Valley region. The economic 
metrics were represented by total employment and personal income. These metrics were 
compared to the impacts of Strategy B - Baseline Plan Resource Portfolio, in Scenario 7 .  

The IRP study defined economic impact as growth in regional economic activity. 
Measurement criteria included total personal income in “constant” dollars (i.e., with 
inflation accounted for) and total employment. These provided measures for the effects 
of the various planning strategies on the overall, long-term health and welfare of the 
economy over the next 20 years. This analysis concentrated on changes to the welfare of 
the general economy due to the strategies. It did not address changes to the distribution 
of income or employment. 
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In general, the greater the direct regional expenditures associated with a particular 
portfolio, the more positive were the effects on the regional economy. This can be offset 
by the fact that higher rates caused by higher costs have a negative effect on the regional 
economy. Thus, a resource portfolio that has high expenditures in the Tennessee Valley 
region may also have high costs and high rates. 
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The economic impact metrics for a particular planning strategy could be positive or 
negative depending on the net sum of the expenditure effects and the cost effects. More 
details about the methodology used to determine the economic impact metrics for the 
planning strategies is in Appendix B - Method for Computing Economic Metrics. 

Scorecard Calculation and Color Coding 

The ranking metrics in the scorecard for this IRP were expressed in terms of a 100-point 
score while ensuring that the relative relationship between the actual values for each 
portfolio in the strategy was maintained. The following process was used to compute 
the scores: 

Actual values of ranking metrics (i.e., PVRR, short-term rate impacts) were 
converted to a relative score on a 100-point scale. This type of scoring helped to 
assess and prioritize risk and identify the best possible solution 

* The highest ranked (“best”) value received a 100 

The rest of the scores were based on their relative position to the “best” value 
(e.g., a value that is 75 percent of the “best” would receive a 75) 

A color-coding method was used to assist in visual comparison of portfolio 
results. The coding was done within a given scenario. The “best” value for each 
metric was coded green, the “worst” value was coded red and the values in 
between were shown with a shaded color that corresponded to the relationship 
of the score values 

An example of the translation from actual values to ranking metric scores is shown in 
Figure 6-9. The figure shows the conversion for the Short-term rate metric. 
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Raw ranlung metric d u e  for short- 
term rate impacts in Scenario 1 are 
shown to right 

Scores are converted from the raw 
scores as shown and are included in 
the planning strategy score cards 

Average of ST Rates 
The "best" (in this case 
lowest) value within a 
scenario gets a score of 100 

Strategy D is 10.1356 higher 
than the "best" value and 
receives a score of 89.87 

I I Stratem I Scenario 1 I I 

Average of ST Rates 
(level 2011-18) J All other scores are assigned 

a value based on their relative 
position to the "best" score 

Figure 6-9 - Ranking Metrics Example 

The strategic metrics were included in the scorecard in two ways. First, the environmental 
stewardship metrics values were translated into a relative scoring system, known as a 
Harvey Ball rating system. Second, the economic impact metrics were represented by a 
percent change from a reference case. 

For the environmental stewardship metrics, the data was coded in a given scenario so that 
the relative relationship (rank order) among the strategies was indicated by the amount of 
the ball that was filled in. Figure 6-10 shows an example of how this translation was done. 
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This is an example of how the 
Harvey Ball ratings were applied 
to the Carbon Footprint strategic 
metric 

Strategy 
A 

B 

Expected values for annual CO, 
emissions from stochastic analysis 
are shown to the right 

Planning strategies were ranked 
based on their performance within 
each scenario 

In this example, l=highest and 
5=lowest 

In this example, quantitative data 
was available to support the rank- 
ing, however, other strategic met- 
rics may have required qualitative 
assessment for ranlcing 

The appropriate Harvey Ball was 
assigned based on the rankings 

1 2 3 4 5 6 7 

2,054 1,719 1,402 1,775 1,723 1,190 1,767 

1,774 1,461 1,317 1,518 1,480 1,138 1,533 

Average Annual C 0 2  Emissions (Million Tons) 

E 2 2 2 1 3 1  2 1 2 

C 
D 

I 1,673 I 1,418 I 1,210 I 1,408 I 1,422 I 1,035 I 1,427 

I 1,468 I 1,170 I 1,058 1 1,256 I 1,204 I 962 1 1,249 

I E I 1,613 I 1,299 I 1,106 I 1,410 I 1,303 I 959 I 1,352 1 

Carbon Footprint Rankings Within Scenarios 

Populated Carbon Footprint Strategic Metric 

Figure 6-10 - Example of Draft IRP Scoring Process - Carbon Footprint 

For the economic impact metrics, data were included in the scorecard as a percent change 
from the reference portfolio (Strategy B in Scenario 7). Instead of computing impacts for 
all 35 portfolios, only the range of possible impacts was evaluated. 

The range of possible impacts was evaluated by computing the values for each planning 
strategy in Scenarios 1 and 6. The changes in employment and personal income in these 
scenarios relative to the reference portfolio (Strategy B in Scenario 7) indicated the 
maximum impacts that could result in any of the other scenario/strategy combinations. 
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6.3.2 Technology Innovations Narrative 

In addition to the ranking and strategic metrics, a brief narrative of technology 
innovations associated with each planning strategy was prepared for the TVA Board 
of Directors. The narrative gave insight into the technology utilization implicit in each 
strategy for the Draft IW. 

This narrative was not a metric, but included as a supplement to the fully populated 
scorecard as background information to consider for selection of a Recommended 
Planning Direction. The technology innovation narrative discussed which technologies 
would justify investment to enable the resource mix identified in each strategy (e.g., a 
planning strategy with extensive EEDR may need smart grid investments for energy savings 
to be fully realized). A full description of the technology innovation matrix is in Chapter 
7 - Draft Study Results. 

6.4 Identification of Preferred Planning Strategies in the Draft IRP 

Identification of preferred planning strategies was the key deliverable of the Draft IW. 
The preferred planning strategies were identified by using the following three steps: 

1. Scoring 

2.  Sensitivity analysis 

3. Identification of preferred planning strategies 

6.4.1 Scoring 

For the Draft IW, the identification of preferred planning strategies began by computing 
a score for each of the 35 portfolios evaluated in the study. Scores were based on the 
expected value for the cost and risk metrics. A total planning score was then calculated by 
summing the scores (ranking metrics) for each portfolio produced. Strategic metrics were 
combined with the ranking metrics for each of the selected reference resource portfolios 
to complete the scorecard. The technology innovation narrative was also utilized to help 
inform the scorecard. The initial scorecard was publicly shared during the Draft IRP and 
associated EIS public comment period and helped to facilitate discussion of trade-offs, 
constraints and compromises by considering the scorecard values of cost, risk and the 
strategic metrics. 

6.4.2 Sensitivity Analyses 

Sensitivity analyses were conducted to refine the preliminary results. The results focused 
on key assumptions in the strategies based on review of the scorecard results. For the 
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Draft IRP, sensitivity analyses consisted of selected cases intended to assess the robustness 
of the top performing strategies prior to selecting which strategies would be retained for 
further analysis for the final IRP. 

6.4.3 Identification of Preferred Planning Strategies 

By utilizing the ranking metrics, strategic metrics and technology innovation narrative, the 
preferred planning strategies were identified. Three strategies were retained in the Draft 
IRP - Strategies C, E and B. Resource portfolios were then identified from the preferred 
planning strategies. These resource portfolios represented the planning strategies for the 
purpose of comparative analysis and impact assessment and were used to define the broad 
range of options considered in the Draft IW. 

6.5 Incorporation of Public Input and Performance of Additional Scenario 
Planning Analyses 

Following publication of the Draft IW, the data used for analysis was re-evaluated and 
refreshed for key assumptions like load forecasts and commodity prices. Also during 
this time, the Scenario 8 reference case was created to better capture the impacts of the 
recent economic recession. Figure 6-3 has more details on that scenario. In other cases, 
suggestions received from the SRG and general public were incorporated into the analysis. 
The modeling and evaluation processes were also carefully examined and changes were 
made to further improve the quality of the analysis. 

6.6 Identification of Recommended Planning Direction 

After the Draft IRP public comment period, efforts continued to prepare the final IRP. 
The primary deliverable for this phase was the identification of the Recommended 
Planning Direction. This strategy will help define WA's short- and long-term strategic 
direction and identify short-term actions that need to be accomplished. The preparation 
of the final IRP consisted of the following steps: 

1. Identification of key components 

2 .  Definition of boundary conditions 

3. Development of Recommended Planning Direction candidates 

4. Identification of the Recommended Planning Direction 
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6.6.1 Identification of Key Components 

EEDR 

Renewable additions 

Cod-fired capacity idled 

Energy storage 

Nuclear 

coal 

Market purchases and transmission 

Transmission 

Components of the preferred planning strategies from the Draft IRP were evaluated for 
characteristics that would likely comprise the Recommended Planning Direction. 

The EEDR portfolio will be no less than 2,100 MW & 5,900 annual 
GWh reduction by 2020 
Renewable additions will be no less than the existing wind contracts 

Coal-fired capacity idled will be between 2,400 MW and 4,700 MW 

The pumped-storage hydro unit (850 MW) will be included in all 
cases 
Nuclear units cannot be added any earlier than 2018 and large units 
must be a minimum of two years apart - B&W technology at BLN cannot 
be added any later than 2020 
New units cannot be added prior to 2025 and must be equipped with 
carbon capture and sequestration 

If more than 900 MWiyear are purchased beyond current contracts 
and extensions, potential transmission costs should be considered 
Transmission upgrades will be made to support new supply resources 
and maintain wstem readabilitv 

The revised approach reduced the number of inputs that were included in model 
optimization to produce a more focused result while allowing other unique 
combinations of resources to be tested that were not directly considered in the Draft IRl? 

A key variable that was retained as a defined input was the level of idled coal-fired 
capacity. Idled capacity was not optimally selected within the model runs and required 
model iterations to test the different levels. This constraint meant that the optimum 
renewable and EEDR portfolio amounts were then selected for each assumed level of 
idled coal-fired capacity. 

Portfolios for renewable additions and EEDR levels were optimized in the final analysis, 
along with the components identified in the Draft IRE! The model selected the best 
renewable and EEDR portfolio from the iterations provided as a part of optimizing all 
other resource alternatives. 

6.6.2 Definition of Boundary Conditions 

As described above, the Recommended Planning Direction was identified based on a 
blended optimization analysis using certain components from Strategies B, C and E. 
Figure 6-11 outlines the boundary conditions used in this stage of the analysis. 
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Figure 6-1 1 - Recommended Planning Direction Boundary Conditions 
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Within these boundaries, the capacity optimization model selected a resource plan that 
met the study constraints for reliability and least cost. To identify the optimum resource 
plan, multiple iterations were run within the model using the ranges of EEDR, renewable 
additions and idled coal-fired capacity as shown in Figure 6-12. 

2,100 MW & 5,900 annual 3,600 Mw& 11,400 annual 5,100 MW & 14,400 annual 
GWh reductions by 2020 GWh reductions by 2020 GWh reductions by 2020 

1,500 MW 2,500 MW 2,500 MW 3,500 MW 3,500 MW 
competitive competitive competitive competitive Competitive 
resources or resources or resources or resources or resources or 
PPAs by 2020 PPAs by 2020 PPAs by 2029 PPAs by 2020 PPAs by 2029 

2,400 MW total 3,200 MW total 4,000 MW total 4,700 M W  total 
capacity fleet reductions fleet reductions fleet reductions fleet reductions 

bv 2017 bv 2017 by 2017 by 2017 

EEDR 

Renewable additions 

idled 

Figure 6-12 - Recommended Planning Direction Range of Options Tested 

Figure 6-12 also indicates the coal-fired capacity idling levels that were studied. As 
previously stated, these levels were not selected by the optimization model based on the 
full incremental costs of retaining these assets as part of the portfolios, but functioned 
as defined model inputs. As a result, the options shown for renewables and EEDR, along 
with any other resource options, were available for selection during optimization for each 
of the four assumed coal-fired idling levels. 

6.6.3 Development of Recommended Planning Direction Candidates 

Optimization results were produced by testing the four coal-fired idling levels across a 
subset of the scenarios originally developed for the Draft Im. 

The following scenarios were used to efficiently test the full range of possible futures for a 
total of 12 optimized cases: 

. Scenario 1 - represented the upper bound 

Scenario 8 - represented a mid range of possible futures 

Scenario 3 - represented the lower bound and did not include 
climate change regulation 
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The following iterative six-step approach was used to produce the case results for the 
final IRP: 

1. 

2 .  

3. 

4. 

5 .  

6.  

6.6.4 

Incremental changes were made to strategy components in an attempt to 
improve upon the preferred planning strategies identified in the Draft IRP 

The new strategy was tested in Scenarios 1 - 8 to evaluate new 
component combinations 

The results were rescored to build a fully populated scorecard with ranking 
and strategic metrics 

The completed scorecard was compared with results in the Draft IRP and 
previously considered alternatives to identify improvement, if any 

Components common to strategies that exhibited improvement were selected 
to describe the proposed Recommended Planning Direction 

Steps 1-5 were repeated until no further improvements were identified 

Identification of Recommended Planning Direction 

A Recommended Planning Direction was identified and is fully described in Chapter 
8 - Final Study Results and Recommended Planning Direction. The identification of 
the Recommended Planning Direction was an iterative process that utilized the results 
of more than 3,000 modeling runs and evaluation of the results. The scorecard, along 
with stakeholder input and other considerations, was used to identify changes from the 
preferred planning strategies identified in the Draft IRP. 
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Economy Recovers Dramatically 

Environmental Focus is a National Priority 

Prolonged Economic Malaise 

@ Game-Changing Technology 

Energy Independence 

Carbon Regulation Creates Economic Downturn 

(7) Reference Case: Spring 2010 
Lc' 

Limited Change in Current Resource Portfolio 

Baseline Plan Resource Portfolio 

Diversity Focused Resource Portfolio 

Nuclear Focused Resource Portfolio 

EEDR and Renewables Focused Resource Portfolio 
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7 Draft Study Results 

This chapter describes the results and findings from the Draft IRP, published in 
September 2010. The Draft IRP studied five strategies in a total of six scenarios and 
one reference case scenario. As a result, 35 distinct 20-year portfolios or capacity 
expansion plans were created. These portfolios were scored and the results were 
evaluated as described in Chapter 6 - Resource Plan Development and Analysis. Results 
of this IRP are fully described in Chapter 8 - Final Study Results and Recommended 
Planning Direction 

7.1 Analysis Results 

7.1.1 Firm Requirements and Capacity Gap 

Forecasted capacity needs for the range of scenarios considered were presented in Section 
4.3 - Estimate Supply. Consistent with TVA's scenario planning approach, variations 
from the expected forecast were studied as well. These variations were grouped into 
scenarios that represented different plausible futures in which TVA may have to operate. 
The key components of each scenario were translated into a forecast of'firm requirements 
(demand plus reserves), which was used to identify the resulting capacity gap and need 
for power, driving the selection of resources in the capacity planning model. 

Figure 7-1 illustrates the firm requirements forecasts for the seven scenarios that were 
studied in the Draft IRP. Six of the seven scenarios were specifically designed for the 
IRP study and are discussed in Section 6.1 - Development of Scenarios and Strategies. 
The seventh scenario represented the spring 2010 market view and was considered the 
reference case for analysis in the Draft IRP. 
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Figure 7-1 - Firm Requirements by Scenario 

Firm requirements were greatest in Scenario 1 (highest load growth scenario) and 
lowest in Scenario 6 (flat to slightly negative load growth). The remaining scenarios 
fell within this range and generally displayed smooth but unique growth trends, with 
the exception of Scenario 4 (game-changing technology scenario). Firm requirements 
for Scenario 4 experienced a dramatic drop in load in 2021, reflecting that scenario's 
assumptions of rapid commercialization of alternative technologies displacing the 
need for traditional resources. 

M Scenario 1 rn Scenario 2 Scenario 3 CJ Scenario 4 Scenario 5 Scenario 6 Scenario 7 
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The shape of the firm requirements curves influenced the type and timing of resource 
additions in the strategies, especially in Scenario 4 where resource additions were 
reduced or eliminated in the latter years. The timing of additional resources was a 
function of the existing system capacity and the impact of the defined model inputs for 
each strategy. 

Figure 7-2 summarizes the range of the capacity gaps at the end of the study period for the 
cases studied in the Draft IRE? The range of the capacity gaps in this figure is based on the 
minimum and maximum gaps found in the five planning strategies developed for the Draft 
IN. The maximum gap represents the largest capacity gap and is based on Scenario 1. The 
minimum gap represents the smallest capacity gap or potentially a surplus of generation 
and is based on Scenario 6.  

Figure 7-2 - Range of Capacity Gaps by Strategy 

This broad range of capacity gaps resulted in a wide range of expansion plans across the 
35 portfolios developed in the Draft IW. 

7.1.2 Expansion Plans 

The amount and type of resource additions for the five planning strategies that were 
evaluated in the Draft IRP are consistent with the following assumptions that define each 
of the scenarios: 

The largest amount of resource additions occurred in Scenario 1 

Scenario 7, representing the Reference Case: Spring 2010, required an average 
amount of new resources over the study period 

Scenarios 3 and 6 had the least amount of resource additions 

Small amounts of new resources were added in Scenarios 2 and 5 

In Scenario 4, no resources were added after 2020, consistent with the dramatic 
drop in load beginning in 202 1 
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The individual capacity expansion plans for each of the five planning strategies are 
presented in Appendix E - Draft IRP Phase Expansion Plan Listing, and are grouped by 
scenario. These plans reflect the contributions from the TVA Board of Directors' approved 

Combustion turbine 

Combined cycle 

projects. In addition, the impacts of the defined model inputs, particularly the capacity 
associated with the renewable resource portfolios and the avoided capacity value from 
EEDR, are also included. Figure 7-3 illustrates the range of capacity additions by resource 
type across all the strategies. 

0 8,092 (11) 

0 6,700 (7) 

I Nuclear I 0 I 4,754 (4) I 

I IGCC I 0 I 934 (2) I 

Notes: 
1 - Vducs shown 'are lor dependable capacity at the summer pcak. Namcpkatc capacity 

2 - Minimums cxclude Board-approved projects W N  2, JSFCC, and Lagoon Creek) 

3 - Number olunits shown in ( )  

4 - Defined modcl input 

olrcnewables range lrom 1,300 to 3,500 MW 

Figure 7-3 - Capacity Additions by 2029 

To provide a different view of the expansion plan results for the strategies evaluated in 
the Draft IRP, a set of histograms was developed that presents data on the frequency of 
selection of key resource types across the 35 portfolios. Figures 7-4 through 7-7 are plots 
that illustrate the number of portfolios and the specific number of nuclear, coal, combined 
cycle and combustion turbine units that may be added. 

Nuclear capacity beyond Watts Bar Unit 2 was prominent in the analysis results, as 
illustrated in Figure 7-4. At least two nuclear units, and up to four, were added in 19 of 
the 28 possible portfolios, and the first nuclear unit was added between 2018 and 2022. 
Nuclear capacity was not added to portfolios in scenarios with nearly flat load growth. In 
one strategy, nuclear was not a permitted resource expansion option. 
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Nuclear capacity is selected in 
19 out of 28 possible portfolios. 

No additions were allowed in the 

Figure 7-4 - Number of Nuclear Units Added 
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Coal capacity additions were very infrequent (Figure 7-5). Integrated gasification 
combined cycle (IGCC) units with carbon capture were selected only after 2025 and in 
just three of the 2 1 possible portfolios. Supercritical pulverized coal (SCPC) with carbon 
capture was added after 2035 and in only one of the 21 possible portfolios. Two strategies 
do not permit additional coal-fired units. 

20 

18 

16 

14 

Figure 7-5 - Number of Coal Units Added 
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Additions of combined cycle capacity (including potential acquisitions of IPP projects) 
ranged from 0-7 units (0-6,700Mw) as shown in Figure 7-6. Combined cycle capacity was 
selected in 15 of 28 possible portfolios. 

14 

12 

10 

v , 8  
0 I=I 

%I- O 
P4 

4 

2 

0 

No additions were allowed in the 

._  - -  

__ _ _  - 

0 1 2 3 4 5 6 7 N/A 

Units Added 

Figure 7-6 - Number of Combined Cycle Units Added 
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As illustrated in Figure 7-7, combustion turbine capacity additions ranged from 0-11 
units (0-8,000 MY) and the majority of portfolios that selected combustion turbine 
capacity added just a single unit. Natural gas capacity (CT/CC) was not selected for 
portfolios in scenarios with nearly flat load growth or scenarios with the largest 
avoided capacity from EEDR. 

I 11 

. . . . . .  I 

........................ 

Combustion turbine capacity 
is selected in 26 out of 35 

........ ........... 

Units Added 

Figure 7-7 - Number of Combustion Turbine Units Added 
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7.1.3 System Energy Mix 

Combined Cycle 

Combustion Turbine 

Nuclear 

Coal 

Renewables 

EEDR (savings) 

Figure 7-8 lists the minimum and maximum percentage contributions to total energy 
production by type in 2029 from the 35 portfolios produced in the Draft IW. Values 
represent the highest and lowest percentages for each type and are not from a single 
portfolio; therefore, they do not add to 100 percent. 

0% 13% 

0% 3% 

27% 47% 

24% 47% 

2% 8% 

2% 11% 

Figure 7-8 - Range of Energy Production by Type in 2025 

Nuclear and coal had the greatest swings in percentage contribution to total energy. In 
the majority of scenario and strategy planning combinations, nuclear overtook coal to 
produce the greatest percentage of total energy. Strategy A is the exception with coal 
remaining the largest energy producer in that strategy. 
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7.1.4 Plan Cost and Risk 

A comparison of the expected value of PVRR by scenario for the strategies evaluated in 
the Draft IRP is illustrated in Figure 7-9. Scenario 1 resulted in the highest value for PVRR, 
while the lowest PVRR values were found in Scenario 6. Within each scenario, Strategy 
D generally produced the highest cost portfolios due to the larger amount of coal-fired 
capacity idled that must be replaced by new resources. Strategy A resulted in the set 
of portfolios with the next highest cost, caused by retaining a higher level of coal-fired 
capacity compared to other strategies, exposing it to more significant CO, compliance 
costs. Strategy C produced the lowest PVRR values in six of the seven scenarios. However, 
Strategy C was near the middle of the pack on short-term rate impacts which are discussed 
in the next section. 
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Spring 2010 
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Figure 7-9 - Expected Value of PVRR by Scenario 
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Figure 7-10 presents the short-term rate impacts (average system costs) by scenario. 
The strategy with the highest expected value of short-term rates was Strategy D 
because this strategy had the most new capacity additions in the 2011-2018 timeframe. 
Strategy A produced the lowest short-term rate values in five of the seven scenarios 
because no new capacity was added to any portfolios within that strategy. However, 
Scenarios 3 and 6 included higher CO, compliance costs, which drove up the cost of the 
coal-heavy portfolios in Strategy A (in those scenarios). Strategy A's exclusive reliance on 
the market to serve load growth also has greater risk as shown in the discussion of risk 
metrics in the next section. 
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Figure 7-10 - Expected Values for Short-Term Rates by Scenario 

Scenario 5 Scenario 6 
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Figures 7-11 and 7-12 compare the two risk metrics for the planning strategies. Lower 
ratios indicated less risky portfolios based on the probability distributions of the portfolio 
PVRR values. The relative relationship across the scenarios for both the risk ratio and the 
riskbenefit ratio were consistent. The highest values occurred in Scenario 1, the risk ratio 
was lowest in Scenario 3 and the riskbenefit ratio was lowest in Scenario 6. 

In both cases, these low values were caused by much lower load forecasts in those 
scenarios, which resulted in lower PVRR values with more narrow probability 
distributions. Strategy A had the highest risk profile in five of the seven scenarios, which 
was caused by the retention of coal-fired capacity. Strategy C was the least risky strategy in 
six of the seven scenarios due to its generally balanced resource mix. 
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Figure 7-11 - PVRR Risk Ratio by Scenario 
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Figure 7-12 - PVRR RisWenefit by Scenario 

7.2 Selection Process 

The process that was used to rank and identify the preferred planning strategies was 
discussed in Chapter 6 - Resource Plan Development and Analysis. That process involved 
the following four steps: 

1. Planning strategies were scored (based on cost and risk metrics) and ranked 

2. Strategic metrics were added to the ranking metrics to complete the scorecard for 
the top ranked strategies 

3. Selected strategies were released for public comment in the Draft IRP and the 
associated EIS 

4. Sensitivity analyses were done as a result of public comments 
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The ranking of each strategy was based on the expected values of the cost and risk 
metrics generated by the stochastic analysis, which is described in Chapter 6 - Resource 
Plan Development and Analysis. The expected values were translated into a score, and 
the scores across all seven scenarios were combined to produce a total strategy score. 
Strategies were ranked based on total score from highest to lowest. A subset of strategies 
was selected for further consideration based on scores and other strategic considerations 
such as potential environmental impacts. 

Strategy 

A 

B 

7.2.1 Scorecard Results 

7 Average 1 2 3 4 5 6 

180 137 116 138 135 109 134 136 

179 136 114 137 133 107 133 134 

Scorecards were generated by translating the expected values from the modeling results 
into a standardized score that was summed across the scenarios for each planning strategy. 
Figure 7-13 summarizes the average expected values of PVRR, short-term rates, riskbenefit 
and risk computed for the five planning strategies in each of the seven scenarios. 

D 
E 

181 137 115 138 134 103 132 134 
174 131 115 136 131 104 130 132 

B 

C Average of ST Rates 
(level 2011-18) 

A I 76.82 1 75.92 I 78.42 I 74.47 I 75.75 1 77.31 I 74.97 I 76.24 I 
82.49 77.49 76.22 75.88 77.04 74.91 75.72 77.11 

83.57 74.60 77.40 76.00 75.64 75.55 75.94 76.96 

A 1.45 1.36 0.91 1.27 1.26 0.99 1.25 

B 1.43 1.24 0.97 1.16 1.18 1.00 1.18 

I 
1.21 

1.17 

D 
E 

I 84.83 I 79.54 I 75.24 I 75.98 I 76.80 I 72.70 I 75.13 I 
I 78.91 I 75.94 I 78.23 I 74.78 I 76.01 I 75.90 I 75.14 I 

77.17 
76.42 

Average of 
RisldBenefit 

C 1.41 1.29 0.89 1.14 1.16 0.91 1.14 1.14 

D 1.45 1.26 1.06 1.25 1.20 1.00 1.23 1.21 

Average of Risk 

I I I I I I I I I 1.42 1 1.24 I 0.93 1 1.19 I 1.18 I 0.90 I 1.15 I 1.15 E 

A 0.25 0.22 0.09 0.19 0.19 0.13 0.17 0.18 

B 0.23 0.19 0.10 0.16 0.17 0.14 0.16 0.16 

C 0.23 0.20 0.08 0.15 0.17 0.12 0.15 0.16 

D 0.23 0.19 0.11 0.17 0.18 0.14 0.16 0.17 

132 

Figure 7-13 - Ranking Metrics Worksheet 

I N T E G R A T E D  RESOURCE P L A N  



After applying the methodology for translating actual values into color-coded scores, 
which is described in Chapter 6 - Resource Plan Development and Analysis, a scorecard 
was produced for each of the five planning strategies. In Figure 7-14, planning StrategyA 
was used to demonstrate how scores were computed and then summed to produce the 
total ranking score. 

Total Ranking Metric Score=Sum of Ranlung Memcs Scores for a l l  seven scenvjos 

anklng Metric Score=65%”(65%VVRR + 3596*ST Rate) + 355P(35X*&sk/Ben 
=6596’L(65%b97 09 + 35%*99 85) + 35%’b(35%*9173 + 65%*87 21)=94 81 

Figure 7-14 - Planning Strategy A - Limited Change in Current Resource Portfolio 

Scorecards for the remaining four strategies are shown in Figures 7-15, 7-16, 7-17 and 
7-18. 
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Score 
pvRR I Short-Term I Risk/ 1 Rislc I Scenarios I Rate Impact Benefit 

Scenarios 

Total Ranking Metric Score: 

I Short-Term I RisW 1 Risk 1 TotalPlan 1 RateImDact Benefit Score 

Figure 7-15 - Planning Strategy B - Baseline Plan Resource Portfolio 

Figure 7-16 - Planning Strategy C - Diversity Focused Resource Portfolio 
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I pvRR I Short-Term I Risk/ I Rislc 1 Totalplan I Rate ImDact Benefit Score Scenarios I 
I 2 I 97.90 I 99.04 I 98.90 I 98.40 I 

~ I 98.56 I 99.79 

Figure 7-17 - Planning Strategy D - Nuclear Focused Resource Portfolio 

I I Scenarios I pvRR I Short-Term I Risld I Risk I TotalPlan 
Rate ImDact Benefit Score 

Total Ranking Metric Score: 

Figure 7-18 - Planning Strategy E - EEDR and Renewables Focused Resource Portfolio 

The scores assigned to each strategy and the associated color coding was done within a 
given scenario. To properly interpret the scoring for each strategy, the values for each 
individual ranking metric in all five strategies were compared within a particular scenario. 
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7.2.2 Ranking  of Strategies 

1 

Detailed descriptions of strategies were introduced in Chapter 6 - Resource Plan 
Development and Analysis. Figure 7-19 shows the rank order of the five planning 
strategies evaluated in the Draft IRP based on the total ranking metrics scores. The total 
strategy scores range from 657 to 693 out of a possible 700 points. 

I Performs the best against PVRR and risk metrics 
Near the median for short-term rates C 

3 
4 

5 

Near the median for short-term rates 
Performs near the best for PVRR 

B 

D 

A 

Ranks near the median for PVRR, short-term rates and risk 

R a d s  below the median for PVRR, rates and risk 

Performs the worst on PVRR and risk 
Ranks the best for short-term rates in some scenarios 

Figure 7-19 - Planning Strategy Ranking Order 

A key element of a “no-regrets” strategy is that a portfolio performs relatively well in most 
scenarios, not just the reference case scenario. Using the initial planning results, Strategy 
C was the top-ranked planning strategy on the basis of the total ranking metric score. 
However, the separation between the scores of Strategies C and E was not statistically 
significant. Strategy C represented an attempt to define a balanced approach to the 
resource mix and performed best in five of the seven scenarios based on total plan score, 
performed second best in another and third in just one scenario. The ranking metrics 
implied that Strategy C was the most robust in many possible futures. Strategy C was the 
top performer for PVRR and for both risk metrics. It performed reasonably well on short- 
term rates, but it was not the best strategy in that category. 

The second best planning strategy, based on total ranking metric score, was Strategy E. As 
with Strategy C, this strategy represented an expanded commitment to cleaner resource 
options, especially pertaining to EEDR and renewable energy options. The strategy 
performed well in all four of the ranking metrics and performed best in two of the seven 
scenarios based on total plan score, resulting in a total strategy score that was very close 
to Strategy C. 
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The third best planning strategy was Strategy B. This strategy represented a “business-as- 
usual” approach that did not significantly deviate from existing portfolio mixes over the 
long term. This strategy performed reasonably well with scores in the four ranking metrics 
that were in the mid range for each metric, but did not rank first in any of the scenarios. 
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Strategy B was retained for further analysis in this IRP as a baseline strategy for impact 
analysis. 

C1- Strategy C with pumped-storage 
hydro removed 

Strategies A and D were in the lower tier of the total strategy scores and did not represent 
options that offer preferable planning approaches. These two strategies represented 
approaches that tended to define the boundary conditions within which the other strategy 
results could be placed. Strategy A was an approach that included retention of all existing 
coal-fired capacity, with a high level of clean air capital and maintenance spending and 
heavy reliance on the market. The scorecard for this strategy showed it to be the worst 
performer in most metrics for most of the scenarios, except for the short-term rate metric 
where it performed quite well. Strategy D was characterized by the largest level of coal- 
fired capacity idled which called for the most new capacity additions. This resulted in poor 
strategy scores across the scenarios, although this strategy outperformed Strategy A. 

Test for improvement in short-term rate impacts by removing 
defined model input for pumped-storage hydro unit 

7.2.3 Sensitivity Cases 

~ 

E2 - Strategy E with lower (2,500 MW) 
renewable portfolio (same as Strategy C) 

In addition to the initial 35 portfolios developed from the five planning strategies, TYA 
also performed certain sensitivity analyses. These analyses focused on key assumptions 
within those strategies based on review of the scorecard results. In the Draft IW, the 
sensitivity analyses consisted of four cases involving Strategies C and E (the top-ranked 
strategies based on the results to date). The characteristics of these sensitivity cases are 
described in Figure 7-20. 

Improve PVRR and short-term rates by using the lower 
renewable portfolio applied in Strategy C 

Test for improvements in short-term rate impacts by defining 
near-term capacity additions. Modeled after Strategy A, which 
performs the best on rates 

C2 - Same as Sensitivity C1 with no 
capacity additions prior to 2018 

Test to see if largest values for EEDR, renewables, and coal 
unit idling significantly improve the PVRR and short-term rate coal-fired idling (same as Dl I imuacts of Stratem E 

E l  - Strategy E with greater (7,000 MW) 

Figure 7-20 - Sensitivity Characteristics 
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When these sensitivity cases were evaluated using the same ranking metrics applied to the 
original five planning strategies, a new rank order of strategies was established, as shown 
in Figure 7-21. The scores now range from 655 to 689. 

~ 

3 
4 

1 

2 

C1- Strategy C without pumped-storage hydro 

C - Diversitv Focused Resource Portfolio 

C2 - same as C1 with no capacity additions prior to 2018 

E - EEDR and Renewables Focused Resource Portfolio 

E2 - Strategy E with greater coal unit idling 

E l  - Strategy E with lower renewable portfolio 
B - Baseline Plan Resource Portfolio 

D - Nuclear Focused Resource Portfolio 
A - Lmited Chancre in Current Resource Portfolio 

Figure 7-21 - Rank Order of Strategies 

Sensitivity C1 was a slight improvement over planning Strategy C and now has the 
highest-ranking metric score among the options considered in the Draft IRP. Sensitivity 
C2 was slightly lower than Strategy C. As components changed, the stability of Strategy C 
represented a noteworthy quality. Sensitivities E l  and E2 did not improve the results as 
compared to Strategy E and were removed from further consideration for the final IRP. 

7.2.4 Other Strategic Considerations 

In addition to the metrics used to establish the rank order of the planning strategies, 
TVA included strategic metrics in the fully populated scorecard. These strategic metrics 
included environmental and regional economic impact measures that recognize other 
aspects of WAS mission. These strategic metrics are fully discussed in Chapter 6 - 
Resource Plan Development and Analysis. Note that for the economic impact measures, all 
of the IRP strategies were analyzed only for Scenarios 1 and 6 - the scenarios that defined 
the upper and lower range of strategy impacts within the scenario range. 
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Figure 7-22 shows the strategic metrics for each of the five planning strategies. 
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Figure 7-22 - Strategic Metrics for Five Planning Strategies 

Results of the CO, metric showed that Strategy D had the best performance (lowest 
emissions), followed by Strategies E, C, B and A. Each strategy showed a declining rate of 
emissions and the variance between each strategy was quite low since all coal-fired units 
that will remain in service are assumed to receive environmental controls. With that being 
said, all five strategies will be fully compliant with applicable air emissions regulations. 

Results of the water metric indicated that Strategy D had the best performance, followed 
by Strategies E, C, A and B. Results of the waste metric show Strategy D had the best 
performance, followed by Strategies E, C, A and B. Additional information on all 
environmental metrics calculations can be found in Appendix A - Method for Computing 
Environmental Impact Metrics. 
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Based on the Draft IRF' results, planning Strategies D and E had the best relative 
performance across the environmental metrics. Strategy C was average to slightly above 
average, and Strategies A and B had the lowest relative performance. 

x x  

x x  

x x  

x x  

, 

For the economic impact metrics, Strategy A was the worst performer. Strategies B, C, D 
and E had comparable results, within a few tenths of a percentage difference from the 
impacts computed for the reference portfolio (Strategy B in Scenario 7). Strategies C and 
E had very similar impacts, performing above the reference portfolio in the long term 
under both Scenarios 1 and 6. 

import of additional wind-sourced power 
More research is needed to improve the design of 

technologies that might offer advantages simiiar PSH 

This technology may offer some flexibility for siting and 

pumped-storage hydro (PSH) and identify new storage 

Along with the strategic metrics, innovations that enable the utilization of key 
technologies in the planning strategies have been identified and summarized in Figure 
7-23.  The figure shows which of the five planning strategies would be impacted by each of 
the innovations in the future. 

X 

Smart Grid Technologies 

operating nuclear capacity in those strategies that 
include a reliance on new nuclear capacity later in the 
planning period 
To enable full use of coal-fired resources, advances in 
emission controls (especially carbon capture and 
sequestration) are needed to achieve a more balanced 
long-term generation uortfolio 

Transmission Design & 
Infrastructure 

X 

x x  

Advanced Energy Storage 

Small Modular 
Nuclear Reactors 

Advanced Emission 
Controls for 

Coal-Fired Units 

Advancements in this area are necessary to fully realize 
the EEDR benefits included in certain ulanning Strategies I I I 
Improvements in transmission system devices to man- 
age power flows and advancement in dc line technolo- 
gies will be needed to facilitate power transfers and the 

Figure 7-23 - Technology Innovation Matrix 

TKA will closely monitor and possibly invest in these and other technology innovations 
during the planning period. The particular technology innovations that are necessary to 
implement the Recommended Planning Direction will likely shift as more information 
becomes available about each technology area and as power supply needs change. 
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In addition to the PVRR risk metrics discussed in Chapter 6 - Resource Plan Development 
and Analysis, there are other risks that were considered when evaluating the merits of 
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alternative strategies. The financial risk measures included in the ranking metrics portion 
of the planning strategy scorecard may have indirectly accounted for some of these 
risks, but only in part. Examples of these broader, more difficult to quantify, risk 
considerations include: 

* The ability of EEDR programs to stimulate distributor and customer participation 
and the programs’ ability to deliver forecasted energy savings and demand 
reductions. The planning strategies with higher EEDR targets have a greater 
exposure to these risks 

* The availability and deliverability of natural gas. There is finite capacity in the 
existing natural gas infrastructure. Risks of being limited by deliverability and 
availability will likely increase as natural gas generation capacity is increased 

* The ability to achieve schedule targets for licensinglpermitting, developing and 
constructing new generation capacity. Risks of meeting schedule targets will likely 
increase as the number and complexity of construction projects increase. In 
addition, projects with more extensive licensinglpermitting requirements will 
likely have greater exposure to schedule risk 

* The timely build-out of transmission infrastructure to support future resources. 
This is a particular concern with projects that may require transmission expansion 
outside of the TVA system, such as power purchase agreements for wind energy. 
Risks will likely increase as the amount of construction required increases and if 
that construction is undertaken by entities other than TVA 

* Legislative and regulatory risks that could strand certain investments in coal-fired 
assets by, for example, applying a more stringent regulatory framework around 
coal-fired assets, or by mandating certain other types of generation, including 
renewables, that could crowd out existing sources of generation 

* Game-changing technologies, either on the supply or demand side, that could 
either dramatically increase (i.e., new sources of demand) the need for electricity 
or dramatically decrease (i.e., distributed generation) the need for electricity in 
the long term 

The list above is not intended to be exhaustive. It provides examples of other strategic 
components that TVA considered when it identified the preferred planning strategies in 
the Draft IRP as well as the Recommended Planning Direction in the final IRP. In addition, 
the analysis results and public input were considered. TVA encouraged those commenting 
on the Draft IRP to provide information about and share their views on these other risks. 
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7.3 Preferred Planning Strategies 

Based on the Draft IRP results, 'ITA retained the top three ranked planning strategies 
for further analysis for the final IRP (Chapter 8 - Final Study Results and Recommended 
Planning Direction). Strategies C, E and B were retained from the Draft IRP to be 
subjected to additional analysis and sensitivity testing in an effort to determine improved 
combinations of planning components. 

Illustrative portfolios (20-year resource plans) were identified as part of the evaluation. 
In the Draft IRP, a broad set of portfolios were identified that corresponded to the three 
planning strategies that were retained in the Draft IRP. 

Four representative resource portfolios were selected from planning Strategies C ,  E and 
B. The 12 implementing portfolios for the Draft IRP are shown in Figure 7-24. These 
portfolios described a relatively broad set of resource plan options that were subjected 
to additional analysis before completing the final IRE! Portfolios produced in Scenario 
1 represented the largest amount of new resource additions, while those produced in 
Scenario 3 represented the least amount of new resources that could be added over the 
planning period. 
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I 2014 I cTa I I I I 
GL CT Ref 

cc 
CT 

cc 
2015 GLCTRef 

2016 CT MKT 

cc CT BLNl 

cc MKT BLN2 BLNZ 

CT MKT MKT 

BLNZ BLNZ BLNZ 

CT 
CT CT 

CT 
NUC CTa 

CT CTa 

Renewable firm capacity Renewable k m  capacity Renewable firm capacity 
8,791 GWh by 2029 

4,638 MW by 2029 

14,032 GWli by 2029 

12,251 GWh by 2029 

6.043 MW by 2029 

16,455 GWh by 2029 

4,231 GWh by 2029 

2,520 MW by 2029 

7,276 GWh by 2029 

Key: 
PPAs & Acq = purchased power agreements, including potential acquisition of third-party-owned projects (primarily combined 

JSF CC = the combined cycle unit to be sited at the John  Sevier plant (TVA Board of Directors' approved project, currently 

WBNZ = Watts Bar Unit 2 (TVA Board of Directors' approved project, currently under development) 
GL CT Ref = the proposed refurbishment of the existing Gleason CT units 
CC = combined cycle 
CT/CTa = combustion turbines 
PSH = pumped-storage hydro 
BLNlBLN2 = Bellefonte Units 1 & 2 
NUC = nuclear unit 
IGCC = integrated gasification combined cycle (coal technology) 
MKT = Purchased Power 

cycle technology) 

under development) 

Figure 7-24 - Implementing Portfolios (Initial Phase) 
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Economy Recovers Dramatically 

Environmental Focus is a National Priority 

Prolonged Economic Malaise 

@ Game-Changing Technology 

Energy Independence 

Carbon Regulation Creates Economic Downturn 

e> 
Reference Case: Spring 2010 

Reference Case: Great Recession Impacts Recovery 

Baseline Plan Resource Portfolio 
_ _ ~  

Diversity Focused Resource Portfolio 

- 

EEDR and Renewables Focused Resource Portfolio 

Recommended Planning Direction 
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8 Final Study Results and Recommended Planning Direction 

TVA's IRP was developed in two major phases - the draft and final. The Draft IW 
recommended retaining three of the five original planning strategies. This provided the 
starting point for the development of the final IRP in fall 2010. Considering updated 
forecast information and public comments, additional analyses were conducted with 
the goal of developing a "no-regrets" strateg. This was accomplished by fine-tuning 
and improving the strategies selected in the Draft IW. The analyses included rescoring 
the ranking and strategic metrics in order to evaluate new component combinations 
identified in the analyses. This chapter describes the final analysis results and the 
Recommended Planning Direction that was produced by evaluating the analysis results, 
stakeholder input and other considerations. 
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8.1 Results Analysis 

8.1.1 Firm Requirements and Capacity Gap 

The final IRP used the same firm requirements and capacity gaps as discussed in 
Chapter 7 - Draft Study Results. In addition to the scenarios used in the Draft IRP, an 
additional reference case was created to reflect the lingering economic recession as 
shown in Figure 8-1. 

60,000 

55,000 

50,000 

!$ 45,000 

40,000 

35,000 

30,000 

'a Scenario 1 m Scenario 2 Scenario 5 Scenario 6 pd Scenario 7 Scenario 8 
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Figure 8-1 - Firm Requirements by Scenario 
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8.1.2 Previously Identified Sensitivities 

I Evaluate incremenUdecrement 
of renewable additions for 

Strategy C 

Additional sensitivity cases were identified from work done for the Draft IRP and feedback 
received from stakeholders. The type of sensitivity, the purpose for analysis and the 
method that was incorporated into the final IRP analysis are listed in Figure 8-2. 

To identify the optimum level 
of renewnble additions given 

the other assumptions already 
set in ti& strateby 

The range of renewable additions retained 
in the Draft IRP (along with additional 
increments) will be a selectable resource in 
the blended optimization 

I 

Evaluate alternate idled capacity 
values for Strategy C 

To test the impact of varying 
idled capacity values 

' The range Of capacity retained in the 
Draft IRP will be evaluated with all other 
resources in the blended optimization 

Evaluate 
of EEDR impacts for Strategy C 

Test "gas-only" expansion 
in Strategy C 

Evaluate an aggressive EEDR 
portfolio that targets 50% of the 
capacity gap beginning in 2015 

Test deferral of nuclear 
expansion in Strategy C 

until 2020 

Figure 8-2 - Sensitivity Runs Identified From Draft IRP 

To identify the optimum level of 
EEDR given the other assumptions 

The range of EEDR portfolios retained in the 
Draft IRP will be a selectable resource in the 
blended optimization 

nuclear additions 
To be tested with 3,200 MW of idled capacity 
All other factors will be optimized 

capacity gap in the latest reference case 
(Scenario 8) with 3,200 Mw of idled capacity 

Schedule of nuclear additions will be 
optimally selected based on the options and 
constraints described previously 

set in this strategy 

To e,,aluate the impact of gas 
capacity expansion on the 

short-term rate metric score 

To evaluate the impact on plan 
cost and risk for a more aggressive 

portfolio of EEDR programs 

To identify the capacity additions 
that would be required if nuclear 

was not available 

* "Gas-only" expansion will not allow 

* The 5096 target will be based upon the 

* All other factors will be optimized 

8.1.3 Final Study Results 

The study approach in the final IRP produced 12  portfolios that resulted from a blended 
optimization. The boundaries (resource constraints) were defined by the planning 
strategies (Strategies 8, C and E) retained in the Draft IRP. The 12 cases were produced by 
testing four possible levels of idled coal-fired capacity in each of the three representative 
scenarios (Scenarios 1, 3 and 8) which represent the high, medium and low load forecasts 
described in Section 6.1 - Development of Scenarios and Strategies. Multiple iterations 
were used to test all levels of idled coal-fired capacity. Optimum renewable and EEDR 
portfolios were selected for each assumed level of idled coal-fired capacity. Figure 8-3 
summarizes the results of those cases. 
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BLN 1 Bellefonte Nuclear Unit 

cc 
CT 

CTa 

CTb 

IGCC 

JSF CC 

MKT 

Combined Cycle Combustion Turbine (Natural Gas) 

Combustion Turbine (Natural Gas) -800 M W  

Combustion Turbine (Natural Gas) -600 MW 

Combustion 'hrbine Refurbishment (Natural Gas) 

Integrated Gasification Combined Cycle (Coal) 

John Sevier Combined Cycle (Natural Gas) 

Annual marker purchases greater than 400 MW 

2012 

2013 

I JSFCC I JSFCC I JSFCC I JSFCC 

I WBN2 I WBN2 I WBN2 I WBNZ 

2016 MKT 

2017 CTa CTa 

2018 BLNl BLN 1 BLN1 BLN1 

2019 I I I I 

1 - M W  values based o n  maximum net  
dependable capacity 

Figure 8-3 - The 12 Portfolios 
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Referring to the blended optimization results, the following general observations were made: 

Nuclear expansion is present in the majority of portfolios with the first unit 
on line between 2018 and 2020 

Expanded energy efficiency and demand response (EEDR) portfolios 
performed well in the optimization cases. The mid level portfolio (3,600 Mw 
and 11,400 annual Gvvh reductions by 2020) was chosen in half of the cases 

Renewable generation above existing wind contracts plays a key role in future 
resource portfolios 

Expansion of natural gas capacity is needed, but typically occurs after 2024. 
Gas may serve as the most advantageous way to address any emerging 
supply shortage 

Preliminary financial results show that component ranges considered 
produced relatively robust plans with little variation in total plan costs 
(PVRR) within scenarios 

* 

* 

* 

* 

The cost and risk metrics for the portfolios produced in the blended optimization were 
relatively constant across the coal-fired capacity levels, especially in Scenarios 3 and 8. 

This is illustrated in Figure 8-4 which compares the short-term rates ranking metrics for 
the portfolios organized by idled coal-fired capacity level (2,400/3,200/4,000/4,700 MW) . 

$84 1 
$82 

iF; 2 $80 
l-4 
0 
N $78 
e, 

5 v $76 

$74 

FA $72 

$70 

& 

.. 

Scenario 1 Scenario 3 Scenario 8 

m 2,400 MW Idled 3,200 MW Idled m 4,000 MW Idled ~14,700 MW Idled 

Figure 8-4 - Short-Term Rate Impacts by Scenario 
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This outcome was primarily driven by two characteristics. First, new unit additions are 
very similar in these two scenarios for all four coal-fired idling levels. Second, as the 
amount of idled coal-fired capacity increased from 3,200 to 4,700 M Y  a larger EEDR 
portfolio was selected in Scenario 8. This larger portfolio had similar costs in comparison 
to the smaller EEDR portfolio chosen at the 2,400 MW and 3,200 MW levels. In addition, 
no expansion resources were selected in Scenario 3. As a result, overall PVRR for the plans 
was essentially unchanged. 

The two metrics that measure financial risk for these resource plans were also essentially 
unchanged across the levels of idled coal-fired capacity except for Scenario 3. The 
variation seen in Scenario 3 was the result of increasing idling levels, which had an 
impact on the dispatch of resources in the existing system since there were no expansion 
resources added in that scenario. 

In general, the ranking metrics show that the 12 cases produced in the blended 
optimization represented robust expansion solutions. The overall results were clustered 
closely together despite the changes in idled coal-fired capacity assumed and the variation 
of the key assumptions tested in the stochastic analysis. This set of portfolios represents 
a more focused set of possible expansion alternatives and was used to define the 
characteristics of the Recommended Planning Direction. 

8.2 Component Identification 

The Recommended Planning Direction was designed by utilizing the findings from 
the blended optimization to select the components that became part of the strategy. 
The strategy design considered the following major factors: 

* Continuous dialogue with the Stakeholder 
Review Group 

* Input received from the fall 2010 Draft IRF’ 
public comment period Stakeholder input 

0 Quarterly public briefings conducted by TVA staff 
and responses to surveys 

0 Output from the resource optimization cases 
and associated financial modeling translated into 
ranking and strategic metrics 

Analysis results 

“No-regrets” approach 
Broader considerations not fully captured in the 
quantitative analysis, but have some impact on 
the selection process 

Recognition of 
non-quantified risks 
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8.2.1 Idled Coal-Fired Capacity 

Weighted 
Ranking 

Selection of the preferred level of idled coal-fired capacity was the next step in producing 
the case results in the final IRP. Cost and risk ranking metrics used in the Draft IRP were 
applied to select a level of idled coal-fired capacity from the options considered. Each 
idled capacity level was given an ordinal rank for each metric within a scenario. 

3,200 2.7 2.2 2.7 7.7 

4,000 2.5 1.7 1.7 5.9 

4,700 3.1 3.1 3.2 9.4 

The ordinal rankings for each scenario were weighted using the same formula as applied 
in the Draft IRP. Scores were summed for each idled coal-fired capacity level to create total 
ranking scores. Results are shown in Figure 8-5. 

1.7 I 3.0 I 2.4 I 7.1 I 

Figure 8-5 -Weighted Ranking Scores 

Based on the ranking results, the 4,000 M W  level performed the best across the three 
scenarios and was used as the scorecard value. This level of idled coal-fired capacity was 
used as a fixed assumption for further refinement of the remaining components of the 
Recommended Planning Direction. Model results were then reviewed to identlfy optimal 
values for the renewable resources portfolio and the level of EEDR. 

8.2.2 Renewable Portfolio 

In the least-cost optimized plans, results tended to favor the 1,500 M W  portfolio, 
which represented the current wind contracts as the preferred level. However, based 
on stakeholder comments and feedback on the Draft IRP desiring an increased emphasis 
on renewable development, the Recommended Planning Direction was increased to 
incorporate the 2,500 MW portfolio which was used as the scorecard value. This reflects 
projected growth of 1,000 M W  of additional renewables above existing and contracted 
amounts. Figure 8-6 shows a potential mix of components in this renewable portfolio. 
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Wind 

Wind - 

Solar 
Ded Biomass - Conv 3% 

5% \ I HMOD 

Landfill Gas 
1% 

Add1 Hydro 
5% 

-firing 
5% 

Figure 8-6 - Potential 2,500 Mw Renewable Portfolio 

Prior to making this decision, the cost premium to increase to the 2,500 M W  portfolio was 
calculated. It was determined to be relatively small (typically less than 1 percent of total 
plan cost). Not all of this cost change was directly attributable to the renewable portfolio 
itself because of other changes in the resource plan. This premium was deemed acceptable 
given ' I " s  objectives to increase reliance on cleaner and more environmentally 
responsible energy sources. 

8.2.3 EEDR Portfolio 

The modeling results were evenly split in selecting either the mid level EEDR portfolio 
(3,600 MW by 2020) or the larger portfolio (5,100 M W  by 2020). For reference, the 
mid level portfolio was part of Strategy C ,  and the larger portfolio was included in 
Strategy E in the Draft IRI? 

Given the uncertainty about the pace of customer participation and the implementation 
challenge for TVA associated with the larger portfolio, the mid level EEDR portfolio was used 
as the scorecard value. This selection also recognized there are similar non-quantified risks 
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associated with implementation of this mid level portfolio. Those risks were deemed to be 
sufficiently manageable to include the portfolio in the Recommended Planning Direction. 

For a more complete discussion of the non-quantified risks that were part of TVKs 
assessment of the planning strategies, see Chapter 6 - Resource Plan Development 
and Analysis. 

8.3 Recommended Planning Direction Development 

8.3.1 Key Characteristics 

After the key components of idled coal-fired capacity, EEDR and renewables were 
determined, the key characteristics of the strategies following the blended optimization 
were observed. These observations are shown in Figure 8-7. 

I Nuclearadditions Nuclear expansion is present in the majority of portfolios. Up to three1 units are added I I between 2013 and 2029 

Coal additions 

Natural gas additions 

Renewable additions 

EEDR 

New coal capacity is only selected after 2025 in scenarios with dramatic load growth 

Expansion of natural gas is needed, but typically occurs after 2024 with simple-cycle 
combustion turbines. The dramatic load growth scenario is an exception as combined cycles 
and combustion turbines are chosen as early as 2015. Additional units may be required for 
reliability and/or mid stability 

Model results tend to favor the current wind contracts (1,500 h4W) as the least cost plan. 
The renewable portfolio that delivers 2,500 Mw by 2029 is selected in the dramatic load 
growth scenario 

I 
_ _ _ ~  -~ -~ 

Results evenly split in selecting either the 3,600 Mw by 2020 portfolio and the 5,000 Mw by 
2020 Dortfolio 

1 - Included in number of nuclear units is TVA Board of Directors' approved project Watts Bar Unit 2 

Figure 8-7 - Observations Developed from Preliminary Results 

The remaining components of the Recommended Planning Direction were selected with 
consideration of these outcomes. Figure 8-8 is a tabular summary of the Recommended 
Planning Direction. 
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Nuclear 
additions 1, 150-5,9005 

Expand contribution of EEDR in the portfolio 
3,600-5,100 

EEDR I 

2013-2029 Increase contribution of nuclear generation 

Renewable I additions I 1,500-2,5002 I By 20201 I Pursue cost-effective renewable energy 

900-9,3007 Natural gas 
additions 

Consider increasing amount of coal 
caoacitv idled I Coal-fired I 2,400-4,7003 I By2017 I caoacitv idled 

Utilize natural gas as an intermediate 
2012-2029 supply 

* I  I I I ' I  

Energy storage 8504 2020-2024 I Add pumped-storage capacity 

Coal additions I 0-9006 I 2025-2029 I Preserve option of generation with carbon capture 

1 - This range includes EEDR savings achieved through 2020. The 2020 range for EEDR and renewable 

2 - TVA's existing wind contfacts that total more than 1,600 MW are included in this range. Values are 

3 - TVA has previously announced plans to idle 1,000 MW of coal-fired capacity, which is included in 

4 - This is the expected size of a new pumped-storage hydro facility 
5 - The completion of Watts Bar Unit 2 represents the lower end of this range 
6 - Up to 900 MW of new coal-fired capacity is recommended between 2025 and 2029 
7 - The completion of John Sevier combined cycle plant represents the lower end of this range 

energy does not preclude further investment in these resources during the following decade 

nameplate capacity. Net dependable capacity would be lower 

this range. MW values based o n  maximum net dependable capacity 

Figure 8-8 - Recommended Planning Direction 

The above figure contains seven components that comprise the strategy and shows a range 
of the amount for each component as well as the timing of when these components would 
be added to the system. 

8.3.2 Recommended Planning Direction Illustrative Portfolios 

After the Recommended Planning Direction was defined, it was evaluated to determine if 
it represented an improvement over the strategies evaluated in the Draft I€@ A group of 
portfolios was developed and scored. 

To produce the portfolios, the Recommended Planning Direction was tested in each of the 
eight scenarios. These portfolios were based on scorecard values for the key components 
of the Recommended Planning Direction (idled coal-fired capaciv, EEDR and renewables) 
with optimized additions of the other resources that made up the capacity plans. 
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The resultant portfolios are illustrative in nature and based on the particular set of 
assumptions contained in each of the scenarios. Figure 8-9 is a tabular summary of the 
illustrative portfolios for the Recommended Planning Direction and shows the resource 
plans that result in each of the eight scenarios. 

*II los~~t i~e  portfolios iissume 4,000 M W  of idled coil-lired c;~pxity by 2015 

I Additions I 

I Purchased Power I I I I 

Figure 8-9 - Illustrative Portfolios for the Recommended Planning Direction 
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After reviewing the resource plans in Figure 8-9, the following observations can be made 
about near-term and long-term additions: 

* Near-term additions (0-5 years) were generally consistent across the scenarios, 
reflecting the addition of approved projects by the TKA Board of Directors, which 
include additions at John Sevier and Watts Bar. Resource additions in this time 
frame also included new natural gas plants and purchased power arrangements, 
depending on load growth 

* Long-term additions (5-20 years) were somewhat more flexible. Nuclear capacity 
was a major component of the capacity plans in this period, with the first nuclear 
unit typically added between 2018 and 2020. Expansion of natural gas capacity 
often occurred after 2024 

8.3.3 Recommended Planning Direction Validation 

The Recommended Planning Direction was scored using the same ranlung and strategic 
metrics utilized in the Draft IRP. The scorecard results of the Recommended Planning 
Direction were compared to the scorecard results of the strategies retained from the Draft 
IRE? Figure 8-10 is a fully populated scorecard for the Recommended Planning Direction, 
and Figures 8-11 and 8-12, respectively, show scorecards from the Draft IRP for Strategy C 
and Strategy E. 

Figure 8-10 - Recommended Planning Direction 
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Total Ranking Metric Score 1 ~ @ 2 ~ 8 ~ ~ 1  

Figure 8-11 - Planning Strategy C - Updated Scorecard 

Total Ranlung Metric Score I 781.88 I 

Figure 8-12 - Planning Strategy E - Updated Scorecard 
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Comparing the Recommended Planning Direction to the top two strategies from the 
Draft IRP (Strategy C and Strategy E) shows that the Recommended Planning Direction 
represents the most favorable blending of portfolio components. The performance of the 
Recommended Planning Direction across all scenarios implies that it is a more robust 
approach with a lower likelihood of regret. The following are additional observations 
based on the scorecard results: 

* The Recommended Planning Direction was the top performer on total plan cost 
(PVRR) in six of the eight scenarios tested 

* The Recommended Planning Direction was the top performer on the risk/benefit 
ratio metric in five of the eight scenarios 

* The strategic metrics for the Recommended Planning Direction were improved 
from metrics for Strategy C (the top-ranked strategy from the Draft IRP), but were 
not as good as the strategic metrics for Strategy E 

* The economic impact metrics for the Recommended Planning Direction were 
similar to the metrics for the strategies retained from the Draft IRP, indicating 
there was no significant difference among the strategies in terms of 
macroeconomic impacts 

The Recommended Planning Direction provided a more effective balance between plan cost 
and financial risk, as shown in Figure 8-13. The graph presents a cost versus risk curve, and 
the Recommended Planning Direction provided the lowest combination of plan cost (FVRR) 
and financial risk of any of the strategies that were considered in this IRI! 
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0.49 0.50 0.51 0.52 0.53 0.54 

PVRR Risk 
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Figure 8-13 - Plan Costs vs. Financial Risk 
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Figure 8-14, a risk trade-off graph that compares financial risk versus the risWbenefit 
ratio, reinforces the conclusion drawn from Figure 8-13. This shows that improved risk 
performance comes at a higher overall plan cost. 
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Figure 8-14 - Comparison of Financial Risks of Strategies 
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The uncertainty range in PVRR across the scenarios was another measure of performance 
used to assess the Recommended Planning Direction. Figure 8-15 is a tornado diagram of 
the variation in total plan cost (PVRR) from the stochastic analysis of the strategies in each 
of the eight scenarios. The width of the bars indicates the variation and uncertainty in plan 
cost. This figure shows that in most scenarios the Recommended Planning Direction (R) 
had the smallest range of cost uncertainty and that the expected value of the total plan 
cost was lower compared to the other strategies (C or E). 
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Figure 8-15 - PVRR (2010 $B) 
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In addition to financial trade-offs, the Recommended Planning Direction also provided the 
best balance of plan cost and environmental footprint, represented by the graph of plan 
cost versus CO, tons shown in Figure 8-16. 
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Figure 8-16 - Plan Costs vs. Annual CO, Emissions 
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8.3.4 Other considerations 

The modeling results represented by the ranking and strategic metrics, along with other 
financial and risk assessments discussed in the preceding section, provided strong support 
for the Recommended Planning Direction. However, as indicated in Section 7.2.4 - Other 
Strategic Considerations, the analytics are not the only considerations that were factored 
into the selection of TVA’s Recommended Planning Direction. Certain non-quantified 
risk concerns, also known as “no-regrets considerations,” were included, either directly 
or indirectly, when making the selection. Figure 8-17 shows the key items of the 
“no-regrets considerations.” 

Establishing a successful 
partnership with distributor 
group to administer EEDR 
programs and deliver 
forecasted reductions 

The ability of EEDR programs to 
stimulate customer participation 
and deliver forecasted reductions 

The ability to achieve schedule 
targets for licensingpermitting, 
developing and constructing 
large baseload generation 

The timely build-out of 
transmission and distribution 
(smart grid) infrastructure to 
support future resources 

The ability to maintain appropriate 
operational flexibility after 
significant changes in 
resource mix 

Planning strategies with higher 
EEDR targets will have a greater 
exposure to this risk 

Planning strategies with higher 
EEDR targets will have a greater 
exposure to this risk 

will likely increase as the 
number and complexity of 
construction projects increase 

Projects with more extensive 
permitting requirements may have 
greater exposure to schedule risk 

Risks will likely increase as the 
amount of construction required 
increases; particularly if that 
construction is undertalcen by 
entities other than TVA 

Risks of meeting schedule targets 

Risks of limiting operational 
flexibility increase as the quantity 
of baseload, dispatchable, and 
non-dispatchable resources change 

Figure 8-17 - Other Risk Considerations 
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Delays in establishing formal 
agreement with distributors by 
end of Ey 2012 

Measurement and verification 
data of actual reductions is 
significantly below forecast 

Critical internal resources 
for permitting, design, and 
construction are not maintained 
for upcoming projects 

Dramatic changes in licensing 
permitting requirements 

Diminished availability of 
transmission design and 
construction resources 

Limited smart grid capability 
added to distribution system 
bv 2015 

Prolonged increases in system 

Emergence of barriers that delay 

load factor 

addition of energy storage 



The Recommended Planning Direction provides the most balanced approach to mitigating 
the risk associated with these non-quantified factors while providing the best performance 
in key metrics. 

8.4 Conclusion 

Based on the results of the analysis conducted in the Draft and final IRP, as well as the 
consideration of non-quantified risk factors, the Recommended Planning Direction 
positions TVA with the best balance of flexibility and “no-regrets” risk mitigation. A 
discussion of next steps and recommendations for implementation of this strategy is 
discussed in Chapter 9 - Next Steps. 

TVA’S  E N V I R O N M E N T A L  A N D  ENERGY FUTURE 165 





9 Nextsteps 169 

9.1 Path Forward 169 

9.2 Application 170 

9.3 Areas That Require Further Work 170 

9.4 Conclusion 171 

__ -___._.___I_____ __ .._.__.______I_.._. .. __ _. _. .- .- 

..____...._.1_____________.__11________.._.1__.-_.____.___..___1_______...__...._I-.__.______-_.__._. I ____..__.__I._--- 

-. .. . .. . .. .-. __ .- .. . .- ._.___I___ . 

TVA 'S  E NVI  R 0 N M E N T A L  A N D  ENERGY FUTURE 167 



Low Rates 

High Reliabilib 

Responsibility 

Cleaner Air 

More Nuclear Generation 

Greater Energy Efficiency 

168 I N T E G R A T E D  R E S O U R C E  P L A N  



9 Next Steps 

After two years of extensive analysis and the issuance of the Draft IRP, the final IRP 
has been completed. Another key piece of the puzzle is defining the next steps that 
follow this IRP’s completion. For that reason, it is important to remember that this IRP 
is meant to serve as a roadmap for making future asset decisions and not meant to 
define specific decisions. 

Approval of this IRP provides an updated strategic direction that will help TVA fulfill 
its renewed vision and set the direction for many decisions that will be proposed in 
the future. This chapter defines some of the key areas that need additional work or 
investigation to help determine TViYs “next steps” in these specific areas. 

9.1 Path Forward 

TVA formulated this IRP to help prepare for a wide range of future conditions and ensure 
a sustainable future for the Tennessee Valley region. This IRP will serve as a guide to 
achieve TViYs renewed vision - to become one of the nation’s leading providers of low- 
cost and cleaner energy by 2020. TVA takes great pride in the reliable service it provides 
to its customers. Transmission reliability will remain a key focus of all future operations. 
TVA will also strive to maintain the proper generation mix in order to ensure reliable and 
flexible power system operation. 

Furthermore, TVA remains committed to reducing air emissions from its power generation 
facilities. Emissions reduction will help TVA plan for and promote a sustainable future. 
Coal-fired plant idling and the addition of scrubbers and other emissions control 
equipment are essential for TVA to provide cleaner energy. 

The reputation of delivering reliable, competitively priced power makes the Tennessee 
Valley region an attractive place to start or expand a business. Therefore, TVA will continue 
to support and encourage economic development in the region. TVA offers an array of 
services that include capital investment loans for new or growing businesses, site-selection 
assistance and other business support services. These services help attract companies 
to the region and provide more jobs to aid in economic stability of the region, which is 
especially important with the current sluggish economy. 

TYA President and CEO Tom Kilgore stated, “TVA’s basic missions have not changed, 
but the times have changed and requirements are changing for the energy industry.” 
The analysis performed within this IRP will help TVA prepare for future uncertainties 
and properly position itself to effectively continue its mission to serve the people of the 
Tennessee Valley. 

TVA’S  E N V I R O N M E N T A L  A N D  ENERGY FUTURE 169 



170 

Highlight key asset additions by showing a specific value 
within the guidefine range in the illustrative portfolio 

Discuss other strategic considerations and non-quanti- 
fied risk considerations 

Commit to beginning the next IRP by 2015 

9.2 Application 

Imply that any asset addition or in-service date shown 
in the illustrative portfolio represents a formal 
decision or is not subject to change 

criteria are within the IRP scope 

duration as EV2020 

Quantify all risks in the analysis or imply all decision 

Expect to provide NEPA coverage for the same 

Limit TVA's ability to continue to do analysis and 
amend this IRP in the future 

While this strategy will help guide TVA in making important decisions in the years to 
come, this IRP does not dictate a specific series of actions. It is important to understand 
what analysis was considered to be within the scope of this IRP and what areas may 
require more analysis. Figure 9-1 lists what was considered in-scope versus outside-of- 
scope in this IRP. 

Articulate a 20-year planning direction 
Finalize specific asset decisions 

Serve as a substitute for the "fine-tuning" of the annual 
dannine and budeetine orocesses 

Present recommended strategy alternatives 

Narrow the breadth of NEPA coverage established in 

Does not discard analyses done for alternative 

tlie Draft IRP and the associated EIS 

Describe guideline ranges for key components of the 
Recommended Planning Direction (i.e., EEDR, idling 
of coal-fired units, etc.) 

Make specific commitments for key components of the 
Recommended Planning Direction 

Present illustrative portfolio(s) that show potential asset 
additions bv Year I schedule 

Commit to a specific 20-year capacity addition 

Figure 9-1 - Scope of the IRP 

9.3 Areas That Require Further Work 

By closely evaluating the areas that require more analysis, a number of recommendations 
have been identified and summarized on the next page. This list is not designed to be 
exhaustive but does provide insight into additional work that TVA will consider undertalring. 
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Idling coal-fired units 

Renewables 

Nuclear power 

Perform detailed optimization analyses to determine both the 
optimum level of idling and the best units for idling after accounting 
for risks, uncertainty and all lcnown costs 

Analyze renewable technologies and business models and monitor 
market trends for strategic options to develop cost-effective 
renewable resources 

Complete project specific evaluation of B&W technology at Bellefonte 

Continue to study development of small modular reactors as part of 
site and refine timing 

the continuing effort to advance carbon-free, baseload power 
generation alternatives 

EEDR 

Gas-fired supply 

Pumped-storage 

Stakeholder involvement 

Next IRP 

* Proactively pursue the Southeast leadership goal, monitor results and 

Analyze gas-fired supply opportunities to cost effectively fill short lead 

Study more detailed project economics of and justification for 

evaluate programs 

time capacity gaps 

additional pumped-storage with a goal of making a recommendation 
on how to proceed 

Continue to solicit input from external stakeholders and incorporate 
that input into future IRP planning and decision malung processes 

TVA has committed to besin the next IRP effort by 2015 

Figure 9-2 - Areas That Require Further Work 

9.4 Conclusion 

Fifteen years separated the completion of this IRP and the 1995 IRP, EV2020. Comments 
TVA received from SRG members and the public recommend that TVA needs to regularly 
update its IRP. Frequently updating this IRP would enhance TVA's ability to effectively 
respond to future developments. For that reason, TVA is committed to begin the next IRP 
effort by 2015. 

TVA's IRP has produced an energy resource strategy that will help TVA meet the Tennessee 
Valley region's energy demands in the future in a sustainable manner. Implementing this 
strategy will also help TVA meet its renewed vision - to be one of the nation's leading 
providers of low-cost and cleaner energy by 2020. More specifically, this IRP will help TVA 
lead the nation in improved air quality and increased nuclear production, and lead the 
Southeast in increased energy efficiency. 

This concludes the 2011 TVA Integrated Resource Plan, 
TVA's Environmental and Energy Future. 
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Appendix A - Method for Computing Environmental Impact Metrics 

Purpose 

Process 

Method 

Air Impact Metric and Ranking 

Water Impact Metric and Ranking 

Waste Calculations 

Purpose 

A172 

A172 

A172 

A173 

A178 

A1 79 

The IRP used a multi-component scorecard analysis of ranking and strategic metrics 
for evaluating the impacts of the planning strategies. In addition to the metrics used to 
establish the rank order of the planning strategies (cost and risk) with emissions costs 
imbedded, TVA developed strategic metrics, such as the environmental impact metric, to 
more clearly depict environmental stewardship attributes. 

Process 

In developing the criteria for the environmental impact metric, TVA staff wanted to create 
a metric representative of the trade-offs between energy resources rather than identifying 
a single resource with the “best” environmental performance. The final evaluation criteria 
relied on some surrogate measures as a proxy for environmental impacts, but when 
used comparatively with the other attributes, they provided a reasonable and balanced 
method for evaluating planning strategies. By considering air, water and waste in the IRP 
scorecard, coupled with the broader qualitative discussion of anticipated environmental 
impacts in the EIS, a robust comparison of the environmental footprint of the planning 
strategies better informed the selection of the Recommended Planning Direction. 

Method 

Outlined below is the methodology that was used for the environmental impact metric, 
by attribute, including a revised scoring of the strategies that were considered in the 
Draft IRP, excluding Strategies A and D, and inclusion of Strategy R - Recommended 
Planning Direction. 

AI 72 INTEGRATED R E S O U R C E  P L A N  



Air Impact Metric and Ranking 

TVA Coal 

TVA CTs 

Model results provided data on the production of four emissions: CO,, SOn, NOx and Hg 
by generation source (e.g., coal and lignite). The suite of emissions selected to evaluate 
the air impacts of the IRP strategies were meant to represent a range of emissions 
primarily associated with fossil-fueled power generation. It was suspected that evaluating 
the strategies on the basis of all four emissions would give the same results (i.e., declining 
emissions trends) as just using CO, alone, but emission trend plots were developed to 
confirm this assumption. Emission trends were plotted against averaged, historic TVA 
generation data from 2007 to 2009 for coal and combustion turbines. The most recent 
three years were used to provide a better representation of average air emissions, as 
2009 was a historically low year for air emissions due partly to the economic recession 
and decreased electricity demands. Historic mercury emissions for lignite sources were 
unavailable, so projected data for 2010 was used and added to the other totals. Figure A-1 
provides a summary of the baseline emissions that data emissions trends were 
plotted against. 

302,818 140,528 94,879,125 2,597 

27 359 1,954,211 N/A 

Figure A-1 - Summary of 2007-2009 Average Emissions Data 
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Again using model results by generation sources for each of the cases, excluding cases 
associated with Strategies A and D, CO, emissions data from all emission sources were 
summed for selected spot years (five-year increments) 2010, 2015, 2020, 2025 and 2028. 
Then for each of these years, the CO, emissions for each strategy, excluding Strategies 
A and D, were summed across all eight scenarios, which gives a value for the total CO, 
emissions associated with each strategy. These totals were divided by eight to provide a 
representative average value for each spot year that could be compared to the 2007-2009 
averaged historical baseline data. These data were plotted to demonstrate how CO, 
emissions vary over time (Figure A-2). 

20,000,000 - 

Figure A-2 - Tons CO, by Strategy 
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Similar calculations were also done for SO,, NOp and Hg as shown in Figures A-3, A-4 
and A-5. 
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Figure A-3 - Tons SO, by Strategy 
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Figure A-4 - Tons NO, by Strategy 
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Figure A-5 - Lbs Hg by Strategy 

These plots confirm that all emissions decrease over the planning horizon, and thus 
selecting CO, as a surrogate measure was an appropriate proxy for the trend in all 
air emissions. 

To further verify that all evaluated strategies' performance on all four emissions give the 
same rankings, the total yearly emissions from all sources for each strategy, across ail 
eight scenarios, were summed for five spot years and used to rank the strategies for each 
emission. Figure A-6 shows the results of these rankings, again confirming that the CO, 
ranking alone gives the same information as using information on all four emissions. 
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C 
E 
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3 3 3 3 
1 1 1 1 

2 2 2 2 

Figure A-6 - Strategy Rankings for All Four Emissions 

Future integrated gasification CC 
Future super critical pulverized coal (SCPC) 
Lignite 
Uranium 

Water Impact Metric and Ranking 

27% 
46% 
51% 
66% 

The major way thermal generating plants impact water is by the amount of heat they reject 
to the environment. IRP strategies were evaluated on the basis of the BTUs delivered 
to the plants’ condensers, which is where rejected heat is transferred. The calculation 
involved taking the generation sources shown in Figure A-7 and multiplying their 
generation (GWh) by heat rate (BTUkWh) (with unit conversions) by a design factor for 
the specific generation technology. 

I coal I 5 1% I 
I Combined cvcle (CC) I 11% I 

Figure A-7 - Design Factors for Generation Sources 
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The heat rejected to the environment (BTUs) is summed for all five spot years (2010, 
2015, 2020, 2025, 2028) and all generation sources for each case, excluding cases 
associated with Strategies A and D. For each scenario (1-S), the strategies, excluding 
Strategies A and D, were compared to each other and ranked. A preferred strategy (R) 
is described by being the most robust, meaning it performs the best across all eight 
scenarios. Therefore, the rankings of each strategy in each scenario were summed and 
re-ranked on the basis of their total score. A strategy that performed the best in each of 
the eight scenarios would have a total score of 8 (1 x 8), and a strategy that performed 
the worst in all eight scenarios would have a score of 32 (4 x 8). The total scores and 
associated final ranking is shown in Figure A-8. 

1 

2 

3 

4 3 1 2 

4 2 1 3 

4 3 1 2 

4 

5 
6 

4 3 1 2 

4 3 1 2 

4 3 1 2 

Figure A-8 - Final Strategy Water Impact Ranking 

7 
8 

Sum of Rankings 

Waste Calculations 

4 3 1 2 

4 3 1 2 

32 23 8 17 

The metric used to rank strategies in terms of their waste impact (coal and nuclear) was 
the cost of handling the waste generated-the assumption is that the costs of disposal, 
in accordance with all applicable regulations, is a proxy for the wastes’ impacts on the 
environment. Handling costs are based on actual, historical TVA averages, and expected 
future handling costs are based on operations and transportation estimates. 
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Coal waste comes from two sources: coal burning and scrubber sludge. Coal waste for TVA 
plants was calculated using weighted coal ash1 and heat content (BTU/lb) values from 2009 
historical data. The weighted averages are shown in Figures A-9 and A-10. 

2028 

Figure A-9 - Weighted Ash Percentage 

2010 1 11,033 1 11,033 I 11,033 I 11.033 I I 

2028 

Figure A-10 - Weighted Heat Content (BTU/lb) 

For each evaluated strategy, from the model results, the fuel consumed (mmBTU) for TVA 
coal was multiplied by one million to get the units into BTUs, then multiplied by the coal 
fuel conversion values (from the weighted BTU/lb figure), and then multiplied by the 
percentage ash value (from the weighted ash figure). The product was then divided by 
2000 to get an answer in tons. A handling cost ($/ton) was then applied to the calculation. 

Coal waste from the lignite plant under contract to 'IYA was calculated based on fuel 
consumed (mmBTU), divided by 5,234 BTU/lb, multiplied by 14.64 percent ash content 
(based on Mississippi lignite source information) and divided by 2000 to get an answer in 
tons. A handling cost ($/ton) was then applied to the calculation. 

Coal waste from future Integrated Gasification Combined Cycle (IGCC) was calculated by 
multiplying generation times 621b/MWh (slag production) and divided by 2000 to get an 
answer in tons. For 2010 scrubber waste, waste was calculated by taking fuel consumed 
(mmBTU), multiplied by 0.5 (about 50 percent of TVA generation is now scrubbed), then 

'Coal ash consists of both fly and bottom ash 
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multiplied by 11 lbs/mmBTU (average of TVA existing fleet). For future year calculations, 
it was assumed that all remaining TVA coal generation (based on coal-fired idling 
assumptions) are scrubbed. Waste was calculated by multiplying fuel consumed by 
11 lbs/mmBTU. A handling cost ($/ton) was then applied to the calculation. 

2 

The combined coal and nuclear waste handling costs were used to rank all strategies, 
excluding Strategies A and D. All coal waste costs, including lignite and future base 
generation, and nuclear waste costs were summed for all five spot years (2010, 2015, 
2020, 2025, 2028) and all generation sources for each case, excluding cases associated 
with Strategies A and D. For each scenario (1-8), the evaluated strategies were compared 
to each other and ranked with the strategy having the lowest waste handling cost (ranked 
#1) and the strategy with the highest costs (ranked #4).  

4 2 1 3 

A preferred strategy is the most robust, meaning it performs the best across all eight 
scenarios. Therefore, we summed the rankings of each strategy in each scenario, and re- 
ranked them on the basis of their total score. A strategy that performed the best in each 
of the eight scenarios would have a total score of 8 (1 x 8), and a strategy that performed 
the worst in all eight scenarios would have a score of 32 (4 x 8). The total scores and 
associated final ranking is shown in Figure A-11. 

4 4 

I 1 I 4 I 3 I 1 I 2 I 

3 1 2 

5 
6 
7 
8 

4 2 1 3 
4 3 1 2 

4 3 1 2 

4 2 1 3 

Final Ranking I 4 3 1 2 

Figure A-11 - Final Strategy Waste Impact Ranking (Based on Total Coal and Nuclear 
Waste Disposal Costs) 
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Appendix B - Method for Computing Economic Impact Metrics 

Purpose 

Process 

Methodology 

Analysis 

Findings 

B182 

B182 

B184 

Bl85 

Bl85 

Purpose 

Economic metrics are included in the IRP scoring to provide a general indication of the 
impact of each strategy on the economic conditions in the TVA service area. The impacts 
are represented by the change in total employment and personal income indicators as 
compared to the impacts under Strategy B - Baseline Plan Resource Portfolio, in 
Scenario 7 - Reference Case: Spring 2010. 

Process 

The process used is the same as has been used by TVA for programmatic region-wide EIS 
studies dating back to the 1979-1980 PURPA study and is also used by other models and 
studies. As shown in Figure B-1, direct expenses by TVA in the region for labor, equipment 
and materials stimulate economic activity. At the same time, the costs of electricity for 
customers (the bills customers pay, including savings from energy efficiency) reduces 
customers’ income, which could be used to buy goods and services in the region. 
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Figure B-1-Input and Output Impacts 

These “direct effects” are input into a regional economic model, which captures the 
interactions within the regional economy-the so-called multiplier effect. TVA uses a 
Regional Economic Models Inc. (REMI) model of the economies of the TVA region and 
surrounding areas. 
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This model maps the TVA region’s economic structure, its inter-industry linkages and 
responses to TVA rate and customer cost changes, including changes from energy 
efficiency. The model also captures interactions with areas outside the region, such as 
coal purchases. 

The analysis includes data on direct TVA expenditures, including applicable payrolls, 
material and supply purchases and fuel costs for all energy resource options that comprise 
a particular strategy for both construction and operations. It also includes data on TVA 
rates and total resource costs resulting from each strategy, as well as savings to customer 
bills from energy efficiency and demand reduction programs. 

Methodology 

Annual construction expenses were entered into the regional economic model for each 
strategy and scenario analyzed. The model then calculated two types of indirect effects 
from these construction expenses: 

1. Increases in goods manufactured in the TVA region resulting from purchasing 
materials and supplies associated with a project 

2. Additional income generated in the regional economy resulting from the spending 
of workers hired for construction 

The analysis of operations was similar to the construction analysis. Annual operations 
expense data for the strategy portfolio was entered into the economic model. Since most 
fuel purchases came from outside the region, they were entered into the analysis as 
expenses in areas outside the region. 

The analysis also estimated the effects of cost differences among strategies. Differences 
in customer costs or electric bills either add to or subtract from the spending capacity of 
customers. Therefore, the differences affect the amount of income and revenue available 
for other uses. 

When the income is returned to the economy, it generates additional economic growth. 
Estimates of annual total resource costs for each strategy, as well as net savings from 
energy efficiency and demand reduction programs, were used to estimate net cost 
differences among strategies. The net cost differences were used with the TVA regional 
economic model to compute the impacts. 
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Analysis 

AU IRP strategies were analyzed for Scenario 1 and Scenario 6 .  These scenarios were used 
to define the upper and lower range of the impacts on the various strategies. The factors 
discussed above were incorporated into the regional economic model for each strategy 
and scenario to measure the overall economic development effects. 

Overall, economic impacts are the net effect of both resource expenses and customer 
electricity bills. Both factors are measured in terms of employment and income changes 
from the base case, represented in Strategy B - Baseline Plan Resource Portfolio, in 
Scenario 7 - Reference Case: Spring 2010. 

Findings 

The major finding is that there was no significant change in both the short- and long-term 
for the range of strategies and scenarios. 

Even though none of the strategies had significant differences from the base case, there 
were minimal differences of 1 percent or less for each strategy. The differences are 
outlined in Figure B-2. 

Strategy 

A 

B 

C 

D 

E 

R 

Scenario 1 Average I Average I Average I Average I 
20112028 2011-2015 20112028 2011-2015 

1 0.1% -0.4% 0.196 -0.2% 

G -0.4% -0.496 -0.4% -0.3% 

1 I 1.0% I 0.3% I 0.8% I 0.3% I 
6 I -0.3% I -0.4% I -0.3% I -0.3% I 

1 0.9% 0.2% 0.7% 0.2% 

0.2% I -0.2% I 0.1% I -0.1% 

Scenario 
1 Economy Recovers Dramatically 
2 Environmental Focus is a National Priority 
3 Prolonged Economic Malaise 
4 Game-Changing Technology 
5 Energy Independence 
6 Carbon Legislation Creates Economic Downturn 
7 Reference Case: Spring 2010 
8 Reference Case: Great Recession Impacts Recovery 

Planning Strategy 
A Limited Change in Current Resource Portfolio 
B Baseline Plan Resource Portfolio 
C Diversity Focused Resource Portfolio 
D Nuclear Focused Resource Portfolio 
E EEDR and Renewables Focused Resource Portfolio 
R Recommended Planning Direction 

Reference Portfolio: Spring 2010 is 
Scenario 7, Strategy B 

Figure B-2- Final Summary Economic Impacts of IRP Cases 
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Listed below is an outline of the strategies and analysis results: 

0 

0 

e 

e 

e 

e 

e 

e 

e 

0 

Strategy A performed worse than any of the other strategies for the scenario range 

Strategies B, C, D and E had more comparable results, with only a few tenths of a 
percent difference 

The impacts of Strategies B and D were very similar 

Both strategies performed better in the high growth Scenario 1 than Strategies 
C orE 

However, both strategies performed worse in the low growth Scenario 6 than 
Strategies C or E or the reference portfolio 

These results are consistent with strategies that lean toward building to meet load 

On the other hand, Strategies C and E lean toward conservation 

Strategy C and Strategy E’s impacts were very similar 

Both performed above the reference portfolio in the long-term for both 
Scenarios 1 and 6 

The Recommended Planning Direction results are similar to the results for 
Strategy C 
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Appendix C - Energy Efficiency and Demand Response 

Previous: Demand-Focused Portfolio 

Renewed Vision: To Become a Leader in Energy Efficiency 

Program Infrastructure to Support Renewed Vision 

Portfolio Design 

About TVA and Power Delivery Structure 

TVA Program Development 

TVA's Long-Term Plan 

Program Offerings and Initiatives 

Next Steps 
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C190 
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Previous: Demand-Focused Portfolio 

In May 2007, the TVA Board of Directors adopted a strategic plan that recognized the need 
for a comprehensive approach to meet the Tennessee Valley region's future electrical 
power needs, including increased energy efficiency and demand response (EEDR) 
initiatives. On May 19, 2008, the TVA Board of Directors approved the guiding principles 
of an EEDR plan, which included recommendations for reducing the growth in peak 
demand by up to 1,400 M W  by the end of 2012. 

The plan recognized that improving peak demand reduction can help slow demand 
growth in a cost-effective manner while addressing air pollution and global climate 
change. TVA recognized this goal could only be achieved through a broad cooperative 
effort with strong support from TVA's customers and stakeholders. 

At this time, TVA did not have an energy reduction goal. Therefore, TVA's EEDR program 
efforts were targeted to achieve the maximum power demand reductions during the 
periods of highest demand on the TVA system. TVA's existing energy efficiency programs 
would reduce energy consumption over all hours of the day, but were designed to achieve 
maximum effect on the peak periods in the early years of the plan. Under this goal, 
achievements for EEDR programs were measured in Mw: 
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R e n e w e d  Vision: To B e c o m e  a Leader in Energy Efficiency 

Since 2007, changes in economic, environmental and power supply market conditions, 
along with the initiation of TVKs IRP process, provided additional opportunities to assess 
the potential of energy efficiency program contributions to TVKs resource mix. From the 
additional work of this IRP and benchmarking research of other utilities in the Southeast, 
in August 2010, the TVA Board of Directors adopted a renewed vision - to become one of 
the nation’s leading providers of low-cost, cleaner energy by 2020. 

To help achieve this renewed vision, TVA set a goal to lead the Southeast in increased 
energy efficiency by achieving 3.5 percent of sales in energy efficiency savings by 2015. 
Therefore, EEDR will track both energy and demand savings, and achievements for energy 
efficiency programs will be measured in GWh. 

The actual measure of this effort is the sum of total program results that have the net 
effect of reducing future load requirements by 3.5 percent. This percentage would result 
in an energy savings of about 6,000 GWh by the end of 2015. Meeting this goal would: 

Save residential and commercial power customers more than $350 million in FY15 

* Provide 1,900 M W  of extra power capacity on the TVA system 

* Prevent TVA from having to build at least two new power plants 

Achievements in F Y l O  toward the new goal resulted in 211 GWh of energy savings - 
enough to power about 13,000 homes and avoid carbon emissions equal to 22,700 
vehicles. For Wll, TVA has increased its energy efficiency goal to 550 GWh and its 
associated budget by 50 percent to $135 million. Additional steps in the process to achieve 
this goal include: 

Refocusing of existing energy efficiency program incentives from demand to energy 

Third-party potential study with renewed energy goal focus amidst today’s 
economic climate 

* Development of a five-year EEDR action plan for achieving greater energy savings 
and to begin implementing new programs by the start of FY12 
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Program Infrastructure to Support Renewed Vision 

TVA's energy efficiency strategy includes incentive programs, price structure changes and 
education efforts to raise awareness and encourage smart consumer choices. Currently, 
TVA offers eight energy efficiency programs through participating power distributors 
under the TVA EnergyRighP Solutions brand. 

In May 2009, TVA added the three following programs for residential, business and large 
industrial markets: In-Home Energy Evaluation, EnergyRight* Solutions for Business and 
the Major Industrial Program. 

Portfolio Design 

Energy efficiency and demand-side management programs have been a part of TVA's 
energy supply resource mix since the late 1970s. The programs were initiated in response 
to the rising cost of energy and construction of new electric generating units. These 
programs promoted energy conservation and the efficient use of electricity. 

From 1975 to 1988, TVA's efforts resulted in a 1,200 M W  reduction in peak demand and 
more than 3,200 G'wh of annual energy savings. These efforts positioned TVA as a national 
leader in energy efficiency improvements. TVA's achievement was a result of programs 
such as home energy audits, energy-efficient equipment and weatherization installations. 
During this period, TVA had a direct impact on the energy efficiency of more than one 
million homes in the Tennessee Valley region. 

In the 1990s, TVA's focus shifted toward the promotion of energy-efficient electro- 
technologies. The aim was for end users to adopt these technologies when it was 
economically sensible, in terms of their total energy cost. These programs also delivered 
demand reduction benefits. 

Subsequentlx from 1996 to 2008, TVA programs offered in conjunction with distributors 
of TVA power resulted in a cumulative demand reduction of more than 545 M W  Nearly 
90 percent of this total was derived from TVA's EnergyRightO residential program. The 
program provides items such as low-interest heat pump loans and incentives for energy 
efficient new home construction. The remaining percentage of the reduction was 
attributed to residential direct load control programs for air conditioning and water 
heating and large commercial and industrial programs. 

About 'ITA and Power Delivery Structure 

As a wholesale provider of electricity, TVAs operational structure has unique distinctions. 
TVA differs from prevalent, vertically-integrated utilities because it does not have direct 
interaction with the majority of end-use consumers. 
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TVA sells the power it produces to 155 municipal and cooperative power distributors 
who in turn sell that power to end-use consumers, both residential and commercial. The 
distributor community is made up of independently operated companies. TVA also directly 
serves 56 large industries and federal agencies across its service territory. 

TVA Program Development 

In 2007, TVA retained the services of PA Consulting (PA) to identify potential demand 
reduction-focused programs that could be implemented to reduce summer peak demand 
by 1,400 MDlr in 2012. The recommendations PA provided were derived from a review 
of industry programs and selected based on economic capability. TVA reviewed PA's 
designs for applicability to the TVA market, and the programs were prioritized for 
customization to the demographic and climatic parameters of the region. The programs 
were prioritized based on qualitative factors to select candidates for design that were 
highly likely to succeed. 

Once preliminary program designs were constructed, the estimated costs and system 
impacts were documented in a format to permit financial analysis. These inputs were 
reviewed for consistency and used to create a load shape for each program effort. The load 
shapes and financial inputs were subjected to a basic financial review to determine their 
scores on the typical evaluation tests of Total Resource Cost (TRC), Utility Cost Test (UCT) 
and Rate Impact Measure (RIM). 

Performance against these tests was used to fine-tune the program designs to achieve 
positive impacts. Once the program designs were solidified, more detailed analysis was 
performed when the load shapes and costs were compared to other resource options in 
the IRP modeling process. 

Because TVA does not serve the majority of end users directly, its program design process 
includes not only consumer research, but also close involvement by the power distributor 
community. TVA and distributors coordinate these design activities through the Tennessee 
Valley Public Power Association's (TVPPA) Energy Services Committee. 

TVA's development process was driven by customer insight gained through primary market 
research conducted with distributors and their customers. Initial program hypotheses 
were derived from regional market segment data and secondary research on successful 
programs from across the country. The hypotheses were tested and refined through 
qualitative and quantitative market research to craft program concepts that best fit TViSs 
unique relationship with distributors and their customers. 
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Once program concepts had been refined, TVA worked with distributors and TVPPA to 
develop program delivery mechanics needed to successfully offer new programs for 
residential, commercial and industrial customers, as well as education and outreach 
initiatives. The programs were further refined through market testing prior to system-wide 
expansion. This process considerably enhances TVA's potential for success and to help 
keep electricity rates low. 

Currentlx TVA is engaged in evaluating these new programs and their delivery process 
following test markets in FYlO and expansion for FY11. These programs will continue to 
evolve in response to new assumptions, influences and research and market test results. 
TVA is also establishing measurement and verification protocols to evaluate programs, 
validate assumptions in program design, document verifiable program impacts and 
influence new program development. 

By using energy more efficiently, the amount of electricity TVA needs to generate to meet 
the power demand of more than nine million consumers in the Tennessee Valley region 
will reduce. When fully implemented, these programs will help: 

Reduce reliance on power purchased from other suppliers 

0 Reduce the impact of power production on the environment 

Mitigate rate pressures by providing direct benefits to the TVA system 
and consumers 

TVA's Long-Term Plan 

TVA's view is that EEDR improvement over the long term ultimately must be accomplished 
through a transformation in the marketplace. The transformation would increase 
consumer demand for energy-efficient products and services and provides the delivery 
channels to meet their needs. 

The transformation will not be made through TVA purchasing the marketplace, but rather 
by accomplishing the following important supporting mechanisms: 

0 Educating the public to make informed choices about their energy use and energy- 
related purchases 

0 Electricity rates that send appropriate price signals to encourage consumers to 
reduce usage during periods of high demand 

C192 

Advanced electric metering and other technologies that allow communication 
between end users and their power provider 
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0 A strong, vibrant infrastructure for end-use generation technologies 

A robust network of commercial providers offering a wide array of energy-efficient 
products and services 

Exploration and development research of end-use efficiency technology 0 

Program Offerings and Initiatives 

TVA continues to offer programs under the EnergyRightO Solutions brand that include 
residential, commercial, industrial, renewable, education/outreach and demand response 
initiatives. Figure C-1 outlines existing and new EEDR programs. 

Demand response 

Energy efficiency 

Commercial and Industrial Demand Response Pilot 
Direct Load Control Program 
Conservation Voltage Reduction Program (new) 

National Theatre for Children 

End-use generation 

AUiance to Save Energy Green Schools Program Education and outreach Trade I Network 

L Internal Energy Management Program (IEMP) 

Figure C - l -  Existing and New EEDR Programs 
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Figure C-2 - EEDR Program Demand Reduction (MW) 
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Figure C-3 - EEDR Program Energy Savings (GWh) 
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Next: Steps 

The EEDR portfolios used by the IRP process are shown in Figures C-2 and C-3. TVA is 
building on the results of the analyses performed in the process and refining the EEDR 
portfolio contained in the Recommended Planning Direction into a more expansive, fully 
defined five-year plan to accomplish the energy and demand savings identified. As such, 
the modest post 2020 range for EEDR growth does not preclude further investments 
in these resources during the decade. Development of the five-year plan will involve 
improvement of existing efforts as well as implementation of new program designs. 
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Appendix D - Development of Renewable Energy Portfolios 

TVA's Current Renewable Energy Landscape D196 

Renewable Energy Needs D198 

IRP Renewable Additions D198 

Modeling Process D199 

Model Inputs D199 

Assumptions for Developing Renewable Portfolios D200 

Renewable Resource Types and Components D201 

Additional Sensitivities D202 

TVA's Current Renewable Energy Landscape 

In addition to nuclear energy and energy efficiency, expansion of TVKs long history as 
a renewable energy provider can help achieve TVKs renewed vision for a cleaner and 
more secure energy future, with less reliance on carbon intensive sources of generation. 
In addition, a federal renewable energy standard (RES) or, alternatively, a clean energy 
standard, is expected to be adopted within the next few years, prior to enactment of any 
additional state-level Renewable Portfolio Standards (RPS) requirements in the Tennessee 
Valley region. 

TVA defines renewable energy as energy production that is sustainable and often naturally 
replenished (e.g., solar, wind, methane, biomass, geothermal and hydro). There is 
currently no federal statutory definition of renewable energy resources, but recent federal 
renewable energy legislative proposals would exclude most of TVKs extensive 3,300 M W  
conventional hydropower installations. Therefore, TVA has been taking significant strides 
to increase the non-conventional hydro renewable energy portfolio. 
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These actions are being taken in part to reduce the risk associated with potential 
renewable energy requirements, and more importantly, to align with the approved TVA 
Board of Directors renewed vision, policies and other strategic aspirations (e.g., Strategic 
Plan, Environmental Policy, Renewable and Clean Energy Guiding Principles, Federal 
Renewable Portfolio Standard Compliance for Customers, State RPS Compliance for 
Customers). Actions to date that support these policies are described below: 

0 Since 1992, TVA has increased generating capacity at its conventional hydropower 
plants by 565 MW through the Hydro Modernization Program (HMOD). Generation 
associated with these HMOD improvements could be eligible to meet federal RPS 

Green Power Switch@ (GPS) was launched in 2000 to offer Tennessee Valley 
residents the choice to support renewable energy. 100 percent of the renewable 
energy produced from GPS is from Tennessee Valley resources, including 14 solar 
sites, 18 wind turbines, two methane gas sites and nearly 400 Generation Partners 
solar and wind installations. The GPS program was the first green power pricing 
program in the Southeast and currently has approximately 12,000 participants. 
GPS is sold to residential and business consumers in 150 Kvph blocks. Each block is 
964, which is added to the consumers' power bill each month 

Generation Partner9 (GP) was launched as a pilot program in 2003 and provides 
technical support, incentives and premium rates to purchase energy from small- 
scale ( ~ 2 0 0  kw> renewable generation systems from eligible resources such 
as solar photovoltaics, wind, biomass and small hydro. The renewable power 
generated from GP currently goes towards GPS supply. In the winter of 2009, GP 
capacity was close to 9 M'VC: made up of approximately 1 M W  of biomass, 7 MW of 
solar and a little less than 1 MW in wind 

0 The TVA Board of Directors authorized the purchase of up to 2,000 M W  of 
renewable and clean energy. By February 2011, more than 1,600 MW of solar, wind 
and methane contracts had been signed. Other proposals are being evaluated 

TVA developed a renewable power purchase plan, known as the Renewable 
Standard Offer, to further encourage small renewable energy projects in the service 
territoqc This initiative offers a set price for renewable energy projects from 201 
kW to 20 MW: The first agreement was signed under this program in January 2011 
with Waste Management Renewable Energy LLC for a 4.8 MW landfill gas (i.e., 
methane) facility 

Considering all of these efforts, TVKs current 2012 estimated non-conventional hydro 
renewable energy portfolio, including commitments for renewable resources not yet 
online, is approximately 1,800 MW 
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Further, TVA is taking initiatives that will advance development of renewable energy 
efforts, including: 

* Completing a biomass conversion feasibility, fuel supply and cost assessment study 

* Collaborating with the Tennessee Valley and Eastern Kentucky Wind Working 
Group to update Tennessee Valley wind energy resource assessments and 
transmission capabilities using newer wind turbine technology and taller towers 

Partnering with the State of Kentucky to evaluate Kentucky renewable energy 
resources 

Reviewing waste heat recovery capabilities 

Collaborating with Tennessee Solar Institute to host a solar forum in late 2011 

Partnering to explore a variety of smart grid technologies designed to increase 
energy efficiency 

0 Involvement in a multi-partner initiative, called the Electric Vehicle Project, which 
is the largest deployment of electric vehicles and charging infrastructure in history 

Renewable Energy Needs 

In 2007, North Carolina became the first state in the Southeast to adopt a RES and energy 
efficiency standard. Investor-owned utilities operating in North Carolina will be required 
to meet up to 12.5 percent of their retail sales through renewable energy resources or 
energy efficiency measures by 202 1. 

The combination of ” s  renewed vision, the growth in customer demand for renewable 
energy, the increasing regulatory stringency related to coal burning sources of generation 
and the anticipation of future federal and state mandates is prompting TVA to move 
towards generation that reduces or eliminates emissions altogether. Renewable energy is a 
generation resource that meets many of these challenges. Renewables aid in the reduction 
of air emissions from electric generation activities and use readily available “fuel” sources 
that are easily replenished. 

X R P  Renewable Additions 

Two renewable energy portfolios were developed for use in the IF@ modeling process 
in summer and fall 2010. This appendix provides background on information needed 
by modelers, development of estimates and assumptions common to all portfolios, 
preparation of 2,500 MW and 3,500 M W  portfolios and recent/ongoing events. 
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Model ing  Process 

IRP scenarios were developed using two different fixed and given schedules for the 
introduction of new renewable capacity at TVA, including both self-builds and long-term 
PPAs. One renewables portfolio was developed to achieve a target of 2,500 MW of new 
renewable generating capacity (busbar) by 2020. The other portfolio was developed to 
achieve a target of 3,500 M7J(r of new renewable capacity by that same year. 

These portfolio development schedules were designed to be feasible and reasonable in 
terms of achievability, current and future cost, resource availability and diversity, and 
federal renewable energy and tax policies. They were intended to be treated in expansion 
planning models as “must-take’’ capacity for the Draft IRP (i.e., the capacity additions 
specified in a schedule were incorporated into the system irrespective of any other 
alternatives or their costs). This ensures that the scheduled quantities are included in a 
modeling output no matter the other features of the scenario. The approach was initially 
applied so the schedule also represented the maximum limit of renewable capacity 
additions. Subsequent tests were run allowing the model to choose between four different 
portfolios for the final IRP. 

M o d e l  Inputs 

Inputs provided to model renewable capacity included: 

New renewable capacity at the busbar, by type, by year, in Mv(I 

(either self-build or PPA) 

Equipment lifetime or PPA term (years) 

* Annual capacity factor by year, for intermittent resources (wind and solar) 
and an assumed hourly profile 

* Energy delivered to busbar by year in MWh 

* Real “all-in’’ cost per kilowatt for constructing and operating (including fuel, 
where applicable) generating equipment over the lifetime and for self-builds 
(constant 2010 dollars per kW) 

* Real “all-in’’ cost per k’w for energy delivery under a PPA over its term 
(constant 2010 dollars per kW) 

* Nominal annual expenditures for use in estimating budget impacts 
($ million as spent) 
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Assumptions for Developing Renewable Portfolios 

A number of common assumptions were applied in the development of both the 2,500 
M W  and 3,500 MW renewable energy portfolios, either across the board or specific to a 
given resource type. These include: 

* Real discount rate (5.5 percent) applied for discounting purposes to all 
resource types 

Equipment lifetimes or PPA terms by resource type 

0 Federal investment tax credits, grants and production incentives 
(except if TVA-owned) 

Capacity factors by resource type 

Per k W  all-in cost or cost range by resource type 

A wind generation profile and a solar generation profile representative of 
Tennessee Valley resources 

Existing or planned capacity already included in power planning models in 
summer 2010 

* Existing or planned capacity not included in power planning models in 
summer 2010 

* Capacity excluded (e.g., existing hydro) 

I N T E G R A T E D  R E S O U R C E  P L A N  



Renewable Resource Types and Components 

Hydro 
modernization 

Landfill gas 

Additional 
hydro 

Figure D-1 shows the resource types, assumed lifetimes, capacity factors, all-in costs and 
resulting levelized cost. 

All cost loaded into first year, including lifetime 
f u e 1 & 0 M  

All cost loaded into first year, including lifetime 
fuel & O M .  LCOE net of Production Tax Credit 

All cost loaded into first year, including lifetime 
fuel & O M  

30 years 12%-17% $454 

$38 

5340 

20 years 85% $3,851 

30 years 33%-45% $1,688 

Wind - Out-Of- 
Valley (market) 

Wind - in Valley 

$82 

$207 

Cost spread over lifetime, one payment per year 
(revised) 

All cost loaded into first year, including lifetime 
fuel & O M .  Revised nominal expenditures 

3596 $4,500 

25 years 20% $4,618 

2o years 

I Dedicated bio- 1 .,-~-- I anOC I ~~ ~~~ I I Cost spread over lifetime, one payment per year I 

15% 

Dedicated 
biomass 

(conversion) 

Solar PV All cost loaded into first year, including lifetime 
fuel & O M .  LCOE net of tax credits/grants $219 $5,217 

25 years 

25 years 

All cost loaded into first year, including lifetime 
70% I $4,634 I $59 1 fuel & O M .  Revised nominal expenditures 

1 - All-in cost estimates in real 20100 (including all capital and expense), but excluding any tax incentives 

2 - Levelied Cost of Electricity, real 20108. Includes relevant tax incentives. 

Figure D-1 - Renewable Resource Types and Components 

The cost estimates were developed or adapted from a variety of sources, including 
consultant and industry estimates, internal TYA project estimates and existing PPA 
price quotes. 

Existing and planned renewable capacity already incorporated into power planning by 
summer 2010 included 580-618 MW of hydro unit modernization and 2 MW of wind 
in the Tennessee Valley region at Buffalo Mountain (TYA-owned). Existing or planned 
capacity not already incorporated into power planning in the summer of 2010 included 
approximately 5 M W  of landiill gas (Chestnut Ridge and Middle Point), approximately 
3 MW of biomass co-firing at Colbert and M e n  coal plants, 27 MW of in-valley wind at 
Buffalo Mountain (lease agreement with Invenergy) and approximately 2 MW of solar 
through Generation PartnersSM or other resources. 
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“New” capacity was set for renewables over and above the amounts listed in Figure D-1. 
A reasonable deployment schedule was developed for each of the two requested portfolios 
(2,500 M W  and 3,500 MW), with consideration given to the following: 

* cost 

* Technology maturity and future advances 

* Regional renewable resource availability 

* A diversified renewable portfolio strategy 

* Anticipated federal legislation/regulation and tax policy 

In the Draft IRP, the new renewables were scheduled into the model to meet anticipated 
renewable energy mandates by 2020. Because of the generally higher cost of renewables 
and given the use of a model whose objective is minimizing cost of service, the more 
costly alternatives would not have been picked over more traditional capacity. The 
modeled portfolio growth in renewables capacity mostly tapers off after 2020 due to 
higher cost and/or regulatory uncertainty. 

The modest post 2020 growth range for renewable energy modeled in the portfolios 
does not preclude further investments in these resources during the decade. TVA has 
committed to begin the next IRP effort by 2015. With the development of new data and 
knowledge the renewable portfolios will be developed further. 

An effective improvement of 0.5 percent per year in solar photovoltaic energy output per 
unit cost was incorporated into the IRP portfolios associated with anticipated technology 
advancements and declining module cost over time. N o  other performance or real 
cost improvements were assumed through 2029 for any of the other resource types. 
Future market demand and innovation for these resources was dependent on unknown 
technology-by-technology treatment under future energy and environmental regulation or 
legislation, as well as future tax policy. 

Additional Sensitivities 

Sensitivities were explored with targets at 2,000 h4W (at a variant of the 2,500 MW 
portfolio) and at 3,000 MW (at a variant of the 3,500 h4W portfolio). These capacity values 
were targeted for the year 2020. TVA evaluated a model-portfolio selection approach that 
employed the two core renewable portfolios and the two sensitivities, where the selection 
of a single portfolio in a model run was driven by a cost criterion that includes costs for 
emissions and carbon, in addition to traditional cost elements. 
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Figures D-2 and D-3 contain the capacity values for the 2,500 MW and 3,500 MW 
renewables portfolios, respectively, prepared for this IRP in summer and fall 2010. These 
reflect target MW values for the year 2020. 

Wind - 
in Valley 
Ded Biomass - 
PPA 
Ded Biomass- 
Conv 
Solar 

Total 

I-IMOD 

50.0 100.0 150.0 200.0 250.0 300.0 360.0 3G0.0 360.0 360.0 360.0 360.0 360.0 360.0 360.0 360.0 

0.0 35.0 35.0 67.0 67.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 117.0 

0.0 0.0 H0.O 80.0 80.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 170.0 

35.0 45.0 75.0 85.0 115.0 125.0 155.0 165.0 195.0 205.0 235.0 245.0 275.0 285.0 315.0 325.0 555.0 365.0 

1,416.8 1.648.0 2,024.3 2,274.2 2,527.0 2,939.6 3,212.0 3,468.1 3,607.8 3,620.8 3.669.4 3,689.6 3,727.7 3,747.7 3,773.7 3,783.7 3,813.7 3,823.7 

Landfill gas 
Add1 hydro 
Co-firing 
Wind - 
ou t-of-Valley 
(PPA) 
Wind - 
in Valley 
Ded Biomass - 
PPA 
Ded Biomass - 
Conv 
Solar 

Total L,401.811.528.011,739.3 11,854.2 11,922.0/2.156.6 12.264.012,365.112.489.8 2,505.812,531.4 12,546.G12.569.7 12,580.7/2,595.7/2,600.712,615.712,620.7 

Figure D-2 - New Renewable Capacity at 2,500 MVCI 

Figure D-3 - New Renewable Capacity at 3,500 MW 
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Appendix E - Draft IRP Phase Expansion Plan Listing 

Planning Strategy A - Limited Change in Current Portfolio 

Capacity Additions by Scenario 

Planning Strategy B - Baseline Plan Resource Portfolio 

Capacity Additions by Scenario 

Planning Strategy C - Diversity Focused Resource Portfolio 

Capacity Additions by Scenario 

Planning Strategy D - Nuclear Focused Resource Portfolio 

Capacity Additions by Scenario 

Planning Strategy E - EEDR and Renewables Focused Portfolio 

Capacity Additions by Scenario 

2011 408 48 
2012 421 137 JSFCC JSFCC JSFCC JSFCC JSFCC JSFCC JSFCC 
2013 666 155 WBN2 WBNZ WBNZ WBNZ WBNZ WBNZ WBN2 
2014 1733 155 
2015 1434 160 GL CT Ref GL CT Ref GL CT Ref GL CT Ref GL CT Ref 
2016 1557 160 
2017 1684 160 
2018 1812 160 
2019 1940 160 
2020 2051 160 
2021 2069 160 
2022 2014 160 
2023 2061 160 
2024 2131 160 
2025 2085 160 
2026 2226 160 
2027 2076 160 
2028 1980 160 
2029 1905 160 

- 

E204 

E205 

E206 

E207 

E208 

E209 

E210 

E211 

E212 

E213 

E204 

Figure E-1 - Planning Strategy A - Limited Change in Current Portfolio 
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! 
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scenario 5 Scenario 6 
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Figure E-2 - Planning Strategy A - Capacity Additions by Scenario 
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~~~ --------- 
160 (2,415) BLNl BLNl BLNl BLNl 2018 1881 

2019 2012 160 (2,415) CT BLNl 

2020 2124 
2021 2216 160 (2,415) CC BLNZ 

2022 2294 160 (2,415) E; 
2023 2362 
2024 2429 160 (2,415) NUC 

2025 2470 
2026 2495 160 (2,415) NUC 

2027 2509 160 (2,415) CT 

2028 2516 160 (2,415) CC 

2029 2520 

160 (2,415) BLN2 BLN2 BLN2 BLN2 

~~~~ ---------- 
CTa cc 

160 (2,415) CT CTa CT 

160 (2,415) IGCC NUC cc CT 

NUC CT CT 

160 (2,415) IGCC, Cta Cta Cta CT cc 

Figure E-3 - Planning Strategy B - Baseline Plan Resource Portfolio 
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Figure E-4 - Planning Strategy B - Capacity Additions by Scenario 
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PPAS & 
Acq 2010 298 35 

2011 389 48 (226) 
2012 770 145 (226) JSFCC JSFCC JSFCC JSFCC JSFCC JSFCC JSFCC 
2013 1334 286 (935) WBN2 WBNZ WBNZ WBN2 WBN2 WBNZ WBN2 
2014 1596 44 (935) CTa CTa 

2015 2069 515 (3,252) Gk$:yf Gk$:yf GL CT Ref 

2016 2537 528 (3,252) CT CT 
2017 2828 715 (3,252) 
2018 3116 768 (3,252) BLNl BLNl BLNl 

2019 3395 822 (3,252) 

GL CT Ref 
CTa 

2021 
2022 
2023 
2024 

3817 896 (3,252) CT 
3985 911 (3,252) CC BLNl  BLNl 
4143 922 (3,252) CC 
4295 935 (3.252) NUC BLN2 b1n2 

Figure E-5 - Planning Strategy C - Diversity Focused Resource Portfolio 

2025 
2026 
2027 
2028 
2029 

E208 

4412 942 (3,252) IGCC CT 

4502 947 (3,252) NUC 

4561 948 (3,252) CT cc 
4602 953 (3,252) CT 
4638 954 (3,252) IGCC, Cta NUC CTa CTa 
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Figure E-6 - Planning Strategy C - Capacity Additions by Scenario 
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E21 0 

2017 
2018 
2019 
2020 
2021 

2022 

2023 

2024 

2025 
2026 
2027 

2028 
2029 

3104 715 (6,972) CC cc cc CTa 
3389 768 (6,972) BLNl BLNl BLNl BLNl BLN 1 

3704 822 (6,972) 
3993 883 (6,972) BLNZPSH BLNZPSH PSH BLNZPSH BLNZPSH PSH BLNZPSH 

4092 896 (6,972) 
4040 911 (6,972) CC (2) 

4042 922 (6,972) CTa 

4303 935 (6,972) NUC 
4991 942 (6,972) IGCC NUC 
5201 947 (6,972) NUC 
5711 948 (6,972) NUC 
6198 953 (6,972) IGCC 
6316 954 (6,972) SCPC 

_ _ ~ ~  

Figure E-7 - Planning Strategy D - Nuclear Focused Resource Portfolio 
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Figure E-8 - Planning Strategy D - Capacity Additions by Scenario 
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2011 181 48 (226) 
2012 1136 178 (226) JSFCC JSFCC JSFCC JSFCC JSFCC JSFCC JSFCC 
2013 1664 314 (935) WBNZ WBN2 WBN2 WBNZ WBN2 WBN2 WBN2 

2014 2431 493 (935) 

GL CT Ref GL CT Ref GL CT Ref 
CTa 2015 3479 580 (4,730) CTa CTa GLCTRef 

2016 3843 61G (4,730) CT CT 
C W )  CC(2) 

2017 4183 846 (4,730) 
2018 4504 921 (4,730) CT CT cc 
2019 4811 994 (4,730) CC (2) 

2020 5074 1060 (4,730) CC (2) cc 
---- ~~~~~~~~ ~~~~~ ~ 

2021 5353 1074 (4,730) CTa 
2022 5460 1094 (4,730) BLNl BLNl BLNl BLN 1 

2023 5599 1107 (4,730) CT 

2024 5739 1124 (4,730) BLNZ BLNZ b1n2 BLNZ 

2025 5815 1133 (4,730) CT 

2026 5893 1142 (4,730) CT CT 

2027 5961 1145 (4,730) CT 

2028 6009 1154 (4,730) NUC CTa CTa 

2029 6043 1157 (4,730) CT CTa CTa 

KLY: 

~~ 

Figure E-9 - Planning Strategy E - EEDR and Renewables Focused Portfolio 
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Combustion Turbine B Nude% Coal IB Renembles L Purchased Power 'a Pumped-Storage ::Avoided Capacity (EBDR) 

Figure E-10 - Planning Strategy E - Capacity Additions by Scenario 
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Acronym Index 

BLNl/ BLN2 - Bellefonte Nuclear Plants Units 1&2 

B&W - Babcock and Wilcox 
CAES - Compressed air energy storage 
CEQ - Council on Environmental Quality 
CC - Combined cycle 
CCS - Carbon capture and sequestration 
CO, - Carbon dioxide 
CRP - Conservation Reserve Program 
CSP - Concentrating solar power 
CT - Combustion turbine 
DOE - Department of Energy 
EEDR - Energy efficiency and demand response 
EERE - Energy efficiency and renewable energy 
EIS - Environmental Impact Statement 
EPRI - Electric Power Research Institute 
EV2020 - Energy Vision 2020 

FBC - Fluidized bed combustion 
FERC - Federal Energy Regulatory Commission 
GWh - Gigawatt hour 
HAP - Hazardous Air Pollutant 
Hg - Mercury 
IGCC - Integrated gasification combined cycle 
IRP - Integrated Resource Plan 

MACT - Maximum Achievable Control Technology 
MAPE - Mean annual percent error 
MSW - Municipal solid waste 
MW - Megawatt 
MWh - Megawatt hour 
NEPA - National Environmental Policy Act 
NOx - Nitrogen oxide or Nitrous oxide 
NRC - Nuclear Regulatory Commission 
NREL - National Renewable Energy Laboratory 
NUC - Nuclear unit 
PC - Pulverized coal 
PPAS - Power purchase agreements 
PSH - Pumped-storage hydro 
PV - Photovoltaic 
PVRR - Present Value of Revenue Requirements 
SCPC - Supercritical pulverized coal 
SEER - Seasonal energy efficiency ratio 
SEIS - Supplemental environmental impact 

SO, - Sulfur dioxide 
SRG - Stakeholder Review Group 
WA - Tennessee Valley Authority 
TVPPA - Tennessee Valley Public Power Association 
WEN2 -Watts Bar Unit 2 
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21 6 INTEGRATED R E S O U R C E  P L A N  





E XI1 1 2 1 49 

112~1-I CONGRESS 
2n SESSION 

EXHIBIT ___ 
S.L.C. 

IN TI’IE SENATE O F  THE UNITED STATES 

Mr. BINC+JULAN (for himself, ) inti-oduc?ed the follo~\-i11g 
bill; which was read t\\ic*c ancl r.efei*i*ecl to the Comniittee 011 

To aiiieiicl the Public Utility Regz-ilatory Policies Act of 1978 
to create a iiiarl~et-orieiitecl staiiclarcl for clean electric 
energy generation, aiic’l for other purposes. 

1 Be it enacted by the Senate uwl .Home ofRepwsenta-  

2 tives of the United Xtates of Ameyicct in Coiagwss assenzblecl, 

3 SECTION 1. SHORT TITLE. 

4 

5 arc1 Act of 2012”. 

6 SEC. 2. FEDERAL CLEAN ENERGY STANDARD. 

7 Title VI of the PL-iblic Utility Regu1ator;v Policies Act 

8 of 1978 (16 U.S.C. 2601 et seq.) is aiiieiiclecl by adcliiig 

9 at  the elid the following: 

This Act may be cited as the ‘(Clean Energy Stancl- 

SCEXHIBIT 25 



S.L.C. ESD 1 2 149 

2 
1 "SEC. 610. FEDERAL CLEAN ENERGY STANDARD. 

2 "(a) Pr-wosE;.-The pwpose of this section is to cre- 

3 ate a iiiai.lret-oi.ieiited stanclarcl for electric energy genera- 

4 tion that stiiiiulates clean energ77 innovation and promotes 

5 a cliveise set of low- and zero-carbon generation solutions 

6 in the United States a t  the lowest incremental cost to elee- 

7 tric consxiiiers . 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

' 25 

26 

" (b) DEFIW~~IOSS.-I~~ this section: 

" (1) CLEAS ENERGY.-The term 'cleaii energy7 

means electric energy that is generatecl- 

"(A) at  a facility placed in sei-iriee after 

December 3 1 , 19  91, using- 

'' (i) renewa.ble energy; 

" (ii) qualified renewable biomass; 
L I  e . .  

(111) aatl.1ral gas; 

" (iv) liyclropowe~; 

" (17) mclear power; or 

" (vi) qmlifiecl waste-to-energy; 

" ( 7 3 )  at a facility placed in service after 

the date of enactment of tlxis section, using- 

" (i) qyalifiecl combined heat and 

pov7er; or 

(ii) a source of energy, other than 

biomass, Tyitli lower annual carbon iiiten- 

sity than 0.52 nietric tons of carbon &ox- 

ide equivalent per megawatt-hour; 

l (  
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r )  

“(C) as a result of qnalifiecl efficiency ini- 

proveiiieiits or capacity adclitions; or 

“(D) at a facility that captures carbon cli- 

oxide and prevents tlie release of tlie carbon cli- 

oxide into tlie atmosphere. 

“ (2) NArilUn/ul GAS.- 

“ (A) I;\rcLusIoN.-The term ‘natural gas’ 

inclticles coal mine methane. 

“ (13) EscLvsIoi\rs.-The term ‘natural 

gas’ esclucles laiiclfill methane ancl biogas. 

‘‘ (3)  QUALIFIED COMBINED I-IEAT AND 

PO\VFJIZ .- 

“(A) I N  GENEI&b.--The term ‘qualifiecl 

combiiiecl heat ancl p0117er’ means a system 

that- 

(i) uses the same energy soin-ce for 

the siiiiultaneous 01- sequential generation 

of electrical energy aiicl thermal enera? 

( L  

“(ii) procluces at least- 

“(I) 20 percent of the usefix1 en- 

ergy of the systeni in the form of elee- 

tricity; ancl 

“(11) 20 percent of the useful en- 

ergy in the form of useful thermal en- 

e ra?  
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“(iii) to  the extent the system uses 

biomass, uses only qtialifiecl reiie~uable Iio- 

mass; ancl 

‘ ‘ (iv) operates with an energy effi- 

ciency percentage that is greater tliaii 50 

percent. 

“(13) DETERMINATION OF EXERGT EFFI- 

CIENCY .-For purposes of subparagraph (A) , 
the eiiergy efficiency percentage of a coiiibiiiecl 

heat aiicl power systeni shall be cletermined in 

accorclaiiee with section 45( e )  (3) (C) (i) of the 

Internal Revenue Cocle of 19 56. 

“ (4) QUALIFIED EFFICIENCY IMPROVXMEKTS 

OR CAJ?ACITP ADDITIONS.- 

“ (A) I N  GENERAL.--&ibject to subpara- 

gl-aplis (B) aiicl (C), the term ‘qmlifiecl effi- 

ciency iiiiprovements or capacit-jr aclclitioiis’ 

means efficiency iniprovenieiits or capacity acl- 

clitioiis iiiacle after December 31, 1991, to- 

“(i) a iiuclear facility placecl in service 

on or before December 31, 1991; 01- 

“ (ii) a Iiyclropower facility placecl in 

service 011 or before December 31, 1991. 

“ (B) EscLusIor\r.-Tlie term ‘qualified ef- 

ficiency improvements or  capacity aclclitioiis’ 
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does not include aclclitioiial electric energy gen- 

erated as a result of operational changes not di- 

rectly associated mitli efficiency improvements 

or capacity aclclitions. 

“( c) n~EASCREMEXT fLY:I’> CERTIFI- 

c.mIoI\I.-hi tlie case of li~7clropo~ver., efficiency 

iniprovements and capacity adclitions under this 

paragraph sliall be- 

“(i) measured on the basis of the 

same water flow inforniation that is used 

t o  cleterniine the historic average annxial 

generation for the applicable 1iyclroelectr.ic 

facility; ancl 

“(ii) certified by tlie Secretary or the 

Coniiixission. 

“ (5) &UALIFIED RENEWAl3LE BIO&usS.---Tlie 

term ‘qtialifiecl renewable bioniass’ means renewable 

biomass proclucecl and harvested through laiicl man- 

agement practices that maintain or restore the coni- 

position, structure, and processes of ecosystenis, in- 

clxdiiig tlie diversity of plant and aninial coniniu- 

nities, water qtiality, and the productive capacity of 

soil and the ecological systenis. 
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" ( 6) QcALII~IED ~~~~~sTE-rlio-E1\ERG~.-Tlie 

t eriii ' c p  ali fie cl waste- t o - energy' me ails energ37 pro - 

clucecl- 

"(A) from the eoiiibustion of- 

" (i) post-recyclecl iiimiicipl solicl 

waste; 

" (ii) gas proclncecl from the gasifi- 

cation or pyrolizatioii of postirecyc1ecI niu- 

iiicipal solicl waste; 
( 1  * * e  

(iii) biogas; 

" (iv) laiiclfill iiietliaiie; 

" (v) aiiiiiial waste or aiiiiiial byprocl- 

ucts; or 

"(vi) WOOC~, paper proclucts that are 

iiot comiiioiily recyclable, aiicl vegetatioii 

(iiiclncliiig trees aiicl triiimiiiigs, yarcl 

waste, pallets, railroacl ties, crates, aiicl 

solid-wood inaiiufactmiiig aiicl coiistimctioii 

clebris) , if clivertecl from or separatecl from 

other waste out of a rnuilieipal waste 

stream; aiicl 

"(B) at a facility that the Coiiimission has 

certifiecl, on an aiiiiual basis, is in cornpliaiice 

with all applicable Federal and State eiiviroii- 

meiital permits, iiiclucling- 
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“(i) in the case of a facility that coiii- 

iiiences operation before the date of eiiact- 

iiient of this section, conipliance with eniis- 

sion staiiclarcls uncler sections 112 and 129 

of tlie Clean Air Act (42 U.S.C. 7412, 

7429) that apply as of the clate of enact- 

ment of this section t o  new facilities within 

tlie applicable source categoq? ancl 

“(ii) in the case of a facility tliat pro- 

cluces electric energy from tlie combustion, 

pyrolization, 01- gasification of iiiuiiicipal 

solicl waste, certification tliat each local 

goveimient unit from wliicli the waste 

originates operates, paiticipates in tlie op- 

eration of, contracts for, or otlieivise pro- 

vides for recycling services for resicleiits of 

the local government unit. 

“ (7) RENEWBLE ENERGY .-The term ‘renew- 

able energy’ means solar, wind, ocean, current, wave, 

tidal, or geothermal energy. 

“(e) CLEAN ENERGY REQUIREMT3NT.- 

“( 1) I N  GENER,AL.-Effective beginning in cal- 

eiiclar year 2015, each electric utility that sells elec- 

tric energy t o  electric constimers in a State shall ob- 

tain a percentage of the electric energy tlie electric 
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utility sells t o  electric coiiswiiers clui*iiig a calenclar 

year from clean energy. 

“ ( 2 )  PERCENTAGE IiEQr:IREIl.---The percentage 

of electric energy solcl during a caleiiclar yeala tliat 

is requirecl t o  be clean energy uiicler parag~aph (1) 

sliall be cleteriiiiiiecl in accorclance with the following 

table: 

“Crlleiiclar year 

2015 ........................................... ................................ 
2016 ................................................................................................ 
2017 ................................................................................................ 
201s . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . . .  

2019 ................................................................................................ 
2020 ........................................ 

2022 
2023 .............................. 
2024 ................................................................................................ 
2025 ................................................................................................ 
2026 ................................................................................................ 
2027 ................................................................................................. 
202s ................................................................................................ 

2030 .......................................................... 
2031 ............................................................................ 

................... 

2035 ................................................................................................ 

24 
21 
30 
33 
36 
3 9 
4‘2 
45 
45 
51 
54 
57 
60 
63 
66 
69 
72 
75 
75 
51 
54 

L r  

“(3) DEDUCTION FOR ELECTRIC ENERGY GEN- 

ERATED FROM €XYDROPO\VER OR NUCLENn 

PO\VER.-ki electric Utility that sells electric energy 

to electric consumers from a facility placed in service 

in the Unitecl States 011 or before December 31, 

19 9 1, using liyclropower or nuclear power may cle- 
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1 

2 

3 applies. 

4 

5 shall meet the requirements of subsection ( e )  by- 

6 

7 

8 

9 

duct tlie quantity of tlie electric eiieigy f ~ o m  the 

quantity to wliieli the pei*ceiitage in paragmpli (2) 

‘‘ (cl) ME.LYS 017 COi\IPLIkLYCiE.-fhi electric utility 

“( 1) snbiiiitting to  tlie Secretary clean energy 

credits issuecl uiiclei. subsection (e) ; 

‘‘ (2) iiialciiig alternative coiiipliaiice payments o f  

3 cents per kilowatt h o w  in aceorclaiice with sub- 

10 section (i); or 

11 

12 

‘‘ ( 3 )  taking a coiiibination of actions described 

in parag~aplis (1) aiicl (2). 

13 “(e) FEDERAL CLEAii EKERG’I’ TRADING PRO- 

14 GRsW1.- 

15 “( 1) ESTrY3LISI-Ii\~ENrl’.-Not later than 180 

16 claj7s after tlie clate of eiiactiiieiit o f  this section, the 

17 Secretary shall establish a Federal clean energy 

18 credit tracling progi-ani -Lulcler ~ l i i c h  electric utilities 

19 may submit to the Secretary clean energy credits to  

20 certi$ coiiipliaiice by the electric utilities with sub- 

21 section ( e ) .  

22 ‘‘ (2) CLEAIK ENERGY CREDITS.-Escept as pro- 

23 

24 

viclecl in paragraph ( 3 )  (B), the Secretary shall issue 

t o  each generator of electric energy a quantity of 
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clean energy credits deterniinecl in aecorclanee wit11 

subsections (f) and (g) . 

“ ( 3 )  ~;\IISISTR~~TION.-~ii carrying out the 

program under this subsection, the Secretary shall 

ensui-e that- 

“(A) a clean energy credit shall be usecl 

only once for p‘lu‘poses of coiiipliance with this 

section; and 

“(B) a clean energy credit issued for clean 

energ7 generated and sold for resale uncler a 

contract in effect on the date of enactment of 

this section shall be issued to tlie purchasing 

electric utility, unless otliei?;vise proviclecl by the 

contract. 

“( 4) DELEGATION O F  BbmIml’ FUNCTION.- 

“(A) IN GENERLYL.-I~ carrying out the 

program micler this subsection, the Secretary 

may clelegate- 

“(i) to 1 or more appropriate niarlcet- 

iiialcing entities, tlie achiinistration of a 

national clean energy credit marlcet for 

purposes of establisliing a transparent na- 

tional market for the sale or trade of clean 

energy credits; aiicl 
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" (ii) to  appropiate entities, the track- 

ing of clispatch of clean generation. 

" (B) ~ ~ ~ N I s T ~ ~ ~ ~ I o s . - I ~ ~  making a clel- 

egation tinder s~ibparagrayli (A) (ii) , tlie Sec- 

retary shall ensure tliat the tracking and re- 

porting of information concerning the dispatch 

of clean generation is transparent, verifiable, 

and inclepeiiclent of any generation or load iii- 

terests subject to an obligation unclei. this sec- 

tion. 

"(5) BANIING OF CLEAN ENERGY CREDITS- 

Clean energy credits to  be used for compliance pur- 

poses wicler subsection (e) shall be valid for the year 

in ~l1ich the clean energy credits are issued or in 

any subseqLient calenclar year. 

" (f) DETERMINATION OF QUANTITY OF CREDIT.- 

"( 1) I N  GENERAL.-Except as otlieimise pro- 

viclecl in this subsection, tlie q~xantit-y of clean energy 

credits issued to each electric utility generating elec- 

tric energy in the United States from clean energy 

sliall be equal to  tlie proclxxct of- 

"(A) for each generator owned by a utility, 

tlie number of megawatt-hours of electric en- 

ergy sold from that generator by the utility; and 

" (B) the cliEereiice between- 
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“(i) 1.0; aiicl 

“(ii) the qnotieiit obtained by clivicl- 
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1ng- 

“(I) the aiiii~xal carbon intensity 

of tlie generator, as cleteimiinecl in ac- 

cordance witli subsection (g), es- 

pressed in metric tons per megawatt- 

hOLlr; by 

“(11) 0.52. 

“ (2) NEGAYlnrE cREDITS.-No~~~thstaiidiiig 

any other provision of this subsection, the Secretaiy 

sliall not issue a negative q~xantity of clean energy 

creclits t o  any geiiei.atoi.. 

“( 3)  QUALIFIED COMRIKED I-IEAT LLVD 

POWER.- 

“(A) I N  GENERsU.-The qtxaiitity of clean 

energy credits issued to an owner of‘ a qualified 

combined heat and power system in the United 

States sliall be equal to the difference be- 

bveeii- 

. 

“(i) the procluct obtained by niulti- 

Plying- 

“(I) tlie number of niegawatt- 

hours of electric energy generated by 

the system; and 
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“(11) the difference between- 

“(aa) 1.0; aiicl 

“(bb) the qiotieiit obtaiiiecl 

by clivicliiig- 

“ (AA) the aiiiiual car- 

boii intensity of the geiier- 

ator, as cleteriiiiiiecl iii ac- 

corclaiice with subsection 

(g), eqxessecl in iiietric toils 

per megawatt-how; by 

“(BB) 0.52; aid 

“(ii) the product obtaiiied by iiiulti- 

pl;r.ing- 

‘‘ (I) the iixiiiiber of iiiegawatt- 

hours of electric eiiergy geiieratecl by 

the s-ysteiii that are coiisuinecl oiisite 

by the facility; aiicl 

“(11) the aiiiiual target for elec- 

tric eiiergy sold cluing a caleiiclar 

gear that is required to be cleaii eii- 

e r a  niider stibsectioii ( e )  (2). 

“ (B) ADDITIONAL CREDITS.-Til aclclitioii 

to creclits issuecl mcler snbparagrapli (A), the 

Secretary shall award cleaii eiiergy creclits to ai1 

ow.ner of a qtialifiecl heat aiicl power system in 
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the Uiiited States for greeidiouse gas emissions 

avoided as a result of the use of a qualified 

combinecl lieat and power systeiii, rather than a 

separate tliernial source, to meet oiisite thermal 

needs. 

" (4) &UALIFIED ~VASTE-TO-ENERGY.-The 

quantity of clean energy creclits issued to an electric 

utility generating electric energy in the United 

States fioiii a qualified waste-to-energy facility shall 

be eqtial to tlie prochct obtained by niultiplyiiig- 

" (A) tlie number of iiiegawatt-lioiirs of 

electric energy generated by the facility and 

sold by the utility; and 

"(13) 1.0. 

' ' (g )  DETERMINATION O F  ANNUAL CARBON INTEN- 

SITY O F  GENERATING FACILITIES.- 

"( 1) IN GENERAL.-FO~- purposes of deter- 

mining the quantity of creclits under subsection (f) , 
except as provided in paragraph ( 2 ) ,  tlie Secretary 

shall cleterniine tlie annml carbon intensity of each 

generator by divicling- 

" (A) tlie net annual carbon cliolncle equiva- 

lent enlissioiis of tlie generator; by 

" (B) tlie annual quantity of electricity gen- 

erated bv the generator. 
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“( 2) BIomlss.-The Secretary shall- 

“(A) not later than 180 clays after the date 

of eiiactnieiit of this section, issue interim r e p -  

latioiis for cletermiiiing the carbon intensity 

based 011 an initial consicleration of the issues 

t o  be repoi-tecl 011 uiicler subparag~aph (13); 

“(B) not later than 180 clays after the 

clate of eiiactiiieiit of this section, enter into an 

ag-eemeiit with the National Acacleiiiy of 

Sciences uncler wliich the Acacleiiiy shall- 

“ (i) evaluate models aiicl iiiethoclolo- 

gies for qtiaiitifying net changes in green- 

house gas eiiiissioiis associated with gener- 

ating electric energy from each significant 

source of qualifiecl renewable bioiiiass, in- 

clucling evalmtion of aclclitioiial sequestra- 

tion or  emissions associated with changes 

in l a d  m e  by the procluetion of the bio- 

mass; aiicl 

“(ii) not later than 1 year after the 

date of eiiactnieiit of this section, publish 

a report that inclucles- 

“(I) a clescriptioii of the evaltia- 

tion requirecl by clause (i); aiicl 
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'' (11) recoiiiiiieiiclatioiis for cleter- 

mining the carbon intensity of electric 

energy generated koiii qualifiecl re- 

newable biomass under this section; 

a d  

"(C) not later than 180 clays after tlie 

publication of the report wicler subparagrapli 

(B) (ii), issue regulations for cleteriiiining tlie 

carbon intensity of electric energy generatecl 

from qtialifiecl reiie~vable bioniass tliat take into 

account tlie report. 

" ( 3 )  CoNsr!Lrii~~riiIo~.-Tlie Secretary shall coii- 

SLllt Tvitll- 

'' (A) the AcliiGiiistrator of the Eiiviron- 

mental Protection Agency iii determining the 

aiuiual carbon intensity of generating facilities 

wicler paragraph (1); aiicl 

" (B) the Aclmiiiistrator of tlie Eiiviroii- 

mental Protection Ageiicy, tlie Secretary of the 

Interior, aiicl tlie Secretary of Agriculture in 

issuing regulations for cleterniining tlie carbon 

intensity of electric energy generated by bio- 

mass mcler paragraph (2) (C) . 

"(11) C m  PENALTIES.- 
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“(1) Is GExEIuL.-Subject t o  paragraph (2)) 

a n  electric utility that fails to nieet the requirements 

of this section sliall be subject t o  a civil penalty in 

an amount equal to  tlie procluct obtaiiiecl by multi- 

plying- 

“ (A) the iimiber of kilowatt-hours of elec- 

tric energy solcl by tlie utility to electric coii- 

suiiiers in violation of s~dxectioii ( e )  ; aiicl 

“(13) 200 perceiit of tlie value of the alter- 

iiative coiiiplianee payment, as acljustecl uiicler 

subsection (111). 

“ (2) \J71lrlTERS AND AIIrllIGATION.- 

“(A) FORCE AUJEUnE.-The Secretaiy 

may mitigate or  waive a civil penalty under this 

subsection if tlie electric utility was unable to  

comply with an applicable reqiiiremeiit of this 

section for reasons outsicle of tlie reasonable 

eoiitrol of tlie utility. 

“(13) REDUCTION FOR STATE PEN- 

mrixEs.-The Secretary sliall recluce tlie 

amount of a penalty cleterniiiiecl under para- 

gi-aph (1) by the amount paid by the electric 

utility to a State for failure to  comaply with tlie 

requiremelit of a State renewable energy pro- 

grain, if the State requirement is more strin- 
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1 

2 section. 

3 " (3) PROCEDIJRE FOR ASSESSING 1'EXAL'l'Y.- 

4 The Seeretaivy shall assess a civil penalty under this 

5 subsection in accorclance with section 333 (cl) of tlie 

6 Energy Policy and Conservation Act (42 U.S.C. 

7 

8 " (i) AI,TERNATIVE COMPLIANCE PiilTfi/mN~lS.--An 

9 electric iitility niay satisfy the requirements of subsection 

10 ( e ) ,  in whole or in part, by subniitting in lieu of a clean 

11 energ37 credit issued under this section a payment equal 

12 t o  tlie amount required under subsection (cl) (2) , in accoid- 

13 ance with such regulations as the Secretary may pronitil- 

14 gate. 

15 "(j) STATE ENERGY El[i'FICIEi"\rm FUNDING PRO- 

gent tlian tlie applicable requirement of this 

63 03 (cl) ) . 

16 GRAM.- 

17 

18 

19 energy efficiency fiincling program. 

20 "(2) FuNDING.--A~~ fiinds collected by tlie Sec- 

21 retary as alternative compliance pa-piients wider 

22 subsection (i) , or as civil penalties iincler subsection 

23 (li), shall be used solely to carry out the program 

24 under t l i s  subsection. 

25 "(3) DISTRIBUTION TO STATES.- 

"( 1) EST~~LIsI-IiVIENT.-Not later tlian Deceni- 

ber 31, 2015, tlie Secretary shall establish a State 
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"(A) IS GESEIW,.--A~~ amount equal t o  

7 5 percent of the hiiids cleseril2ecl in paragraph 

(2) shall be used by the Secretary, nitliout hir- 

ther appropriation or fiscal yeai. limitation, to 

provide fiiiicls to States for the inipleiiieiit7;t' c 1011 

of State energy efficiency plans micler sectioii 

362 of the Energy Policy and Coiisei.r7atioii Act 

(42 U.S.C. 6322), in accorclance with the pro- 

portioii of those aniounts collected bp the Sec- 

retary froiii each State. 

"(B) ACTION BY siiiirrEs.-A State that 

receives fiiiicls under this paragmpli shall iiiain- 

taiii such records and evidence of compliance as 

the Secretary 1iia;rr recpire. 

" (4) GUIDELINES KXD C131TERLA.--The see- 

retary 1iia-y issue sucli aclclitional guiclelines and cri- 

teria for tlie program tinder this snbsection as tlie 

Secretary determines to be appropriate. 

"(B) EXEMPTIONS.- 

'' (1) I N  GEmRslL.---This section shall not apply 

cltiring any calenclai- year to  an electric utility that 

sold less tliaii the applicable quantity described in 

paragraph (2) of megawatt-hours of electric energy 

to electric constimers during tlie prececliiig calendar 

year. 
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‘( (2) APPLICAF~LE gr:n~~i~~~i~~.---For purposes of 

paragraph (l), the applicable cpaiitity is- 

“(A) in the case of caleiiclar year 2015, 

2,000,000; 

“(B) in the case of calenclar year 2016, 

1,900,000; 

“(C) in the case of caleiiclar year 2017, 

1,800,000; 

“(D) in the case of calendar year 2018, 

1,700,000; 

“(E) in the case of caleiiclar year 2019, 

1,600,000; 

“(F) in the case of caleiiclar year 2020, 

1,500,000; 

“(G) in the case of caleaclar year 2021, 

1,400,000; 

“(13) in the case of caleiiclar year 2022, 

1,300,000; 

“(I) in the case of caleiiclar year 2023, 

1,200,000; 

“(J) in the case of caleiiclar year 2024, 

1,100,000; and 

“(K) in the case of caleiiclar year 2025 and 

each calendar year thereafter, 1,000,000. 
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“ (3)  CALCULnTIOX O F  ELECTliIC ESEIZGY 

SO1,D.- 

‘‘ (A) DEFINITIONS.-~~I this subsection, 

tlie ternis ‘affiliate’ and ‘associate coiii1~an-y’ 

have tlie meanings given tlie terms in section 

1262 of tlie Energy Policy Act of 2005 (42 

U.S.C. 16451). 

‘‘ (B) INCLUSION.-For purposes of calcn- 

lating tlie quantity of electric energy sold by an 

electric utility under this snbsection, tlie q~ian- 

tity of electric energy sold by an affiliate of tlie 

electric utility or an associate company shall be 

treated as sold by the electric utility. 

“(1) S‘iim~ PROGRAMS.- 

“ (1) SAVINGS PROVISION- 

“(A) I N  GENER&.-Subject t o  paragraph 

( 2 ) ,  notling in this section affects tlie a~it1iorit-y 

of a State or a political subclivision of a State 

to adopt or enforce any law or regulation relat- 

ing to- 

(i) clean or renewable energy; or L L  

“(ii) the regulation of an electric util- 

ity. 

“(B) FEDERAL LA\V.-NO law or regula- 

tion of a State or a political subdivision of a 
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State may relieve an electric ntility f ~ o m  coni- 

pliaiice with an applicable requirement of this 

section. 

‘‘ (2) CooRDIN~YrIos.-The Seci*eta.ry, in con- 

sultatioii with States tliat have clean aiicl renewable 

energy programs in effect, sliall facilitate, to tlie 

nia;?rinimi extent practicable, coorclina.tion between 

the Federal clean energy prog~aiii tiiicler this section 

and tlie relevant State clean aiicl renewable energ37 

pr0gra;ms. 

‘‘ (111) ADJUSTMENT OF AurEiwmrm COMPLIA~YCE 

Pmmvr .-Not later than December 3 1 , 2 0 16, aiicl an- 

iixia1l-y thereafter, the Secretary sliall- 

“(1) increase bj7 5 percent tlie rate of tlie alter- 

native conipliaiice payiient under subsection (cl) (2) ; 

aiicl 

‘‘ (2) aclclitionally acljust tliat rate for inflation, 

as the Secretary cleternlines to be necessary. 

“(1i) REPORT ON CLEAii ENERGIT RESOURCES TI-UT 

DO NOT’ GENERATE ELECTRIC ENERGIT.- 

“(1) I N  GENElRflL.-Not later than 3 years 

after the clate of enactment of this section, tlie Sec- 

retary shall submit to Congress a report examining 

niecliaiiisms to snpplenient the staiiclarcl under tllis 

section by aclclressiiig clean energy resources tliat clo 
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not generate electric energy hut that may substan- 

tially rechce electric energy loads, iiiclucliiig eiiergy 

efficiency, biomass coiivei*tecl t o  thermal energy, geo- 

tlieriiial energy collected using heat puiiips, thermal 

energy cleliverecl through clistriet heating sptenis, 

aiicl ~~7aste lieat xisecl as industrial process lieat. 

‘ ‘ (2) POrllFxYIAI, ISTEGTWrION .---The report 

tinder paragraph ( 1) shall examine the benefits aiicl 

clialleiiges of integrating the aclclitioiial clean energy 

resources into the stanclaid establishecl by this see- 

tion, iiiclucling- 

“(A) the esteiit to whicli such an iiitegm- 

tion ~vo~lcl  achieve the purposes of this section; 

“(13) the iiiaiiiier in ~ l i i c h  a baseline cle- 

scribing the use of the resources coulcl be clevel- 

opecl that woulcl elistire that only iiicreiiieiital 

action that iiicreasecl the m e  of the resources 

received credit; aiicl 

“(C) the challenges of pricing the re- 

sources in a coiiiparable iiiaiiiier between orga- 

iiizecl niarlrets aiicl vertically iiitegTatecl mar- 

kets, iiiclucliiig optioiis for the pricing. 

“ (3) ConxrLmmwr~mY POLICIES.---The report 

tinder paragraph (1) shall examine the benefits and 

challenges of using coiiiplenieiitaiy policies or staiicl- 
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arcls, otliei. tlian tlie stanclarcl established uncler this 

section, to proiicle effective incentives for using tlie 

aclclitional clean ene1.g-y resources. 

‘ ‘ ( 4) L F GI sLmin% RE C ~ O ~ ~ N D A ~ ~ ~ I O N S  .-As 
part of the repoit uncler paragraph (l), the Sec- 

retary may provicle legislative reconmiendations for 

changes to the stanclarcl establisliecl under this sec- 

tion or new coniplementaiy policies that would pro- 

vide effective incentives for using tlie aclclitional 

clean energ37 resources. 

( ‘ ( 0 )  EscLusIo;\’s.-This section does not appl;rr to an 

electric utility locatecl in the State of Maslca or I-Iawaii. 

“(13) REGUIAiTIONS.-Not later than 1 year after the 

date of enactnient of tliis section, tlie Secretary shall pro- 

nidgaate regulations to iiiipleiiieiit tliis section. 

“SEC. 611. REPORT ON NATURAL GAS CONSERVATION. 

“Not later tlian 2 years after tlie clate of enactment 

of this section, the Secretary shall submit to Congress a 

report tliat- 

“ (1) quantifies the losses of natural gas cltiring 

tlie prochiction and transportation of the natural 

gas; ancl 

“ (2) makes recoii~iieiiclatioiis, as appropriate, 

for programs ancl policies to promote conservation of 

natural gas for beneficial we.”. 
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B re  fac e 
This report addresses a n  August 2011 request to the U.S. Energy Information Administration (EIA) from Senator 
Jeff Bingaman, Chairman of the U.S. Senate Committee on Energy and Natural Resources, for an analysis of the 
impacts of a Clean Energy Standard (CES). The request, outlined in the initial letter and later amended (Appendix 
A), sets out specific assumptions and scenarios for the study. 
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This report responds to a request from Senator Jeff Bingaman, Chairman of the U.S. Senate Committee on Energy 
and Natural Resources, for a n  analysis of a national Clean Energy Standard (CES). The request, as outlined in the 
letter included in Appendix A, sets out specific policy assumptions for the study. 

5a clcgro u nd 
A CES is a policy t h a t  requires covered electricity retailers to supply a specified share of their electricity sales from 
qualifying clean energy resources. Under a CES, electric generators would be granted clean energy credits for every 
megawatthour (MWh) of electricity they produce using qualifying clean energy sources. Utilities t h a t  serve retail 
customers would use some combination of credits granted to  their own generation or credits acquired in trade 
from other generators to meet their CES obligations. Generators without retail customers or utilities that 
generated more clean energy credits than needed to meet their own obligations could sell CES credits t o  other 
companies. 

The design details of a CES can significantly affect its projected impacts. Chairman Bingaman’s request sets out a 
base CES specification and several variants. The base CES specification, henceforth referred to as the Bingaman 
CES (BCES) case, has various provisions describing the definition of clean energy, the allocation of credits, and the 
dates when target milestones become binding, as described below: 

0 All generation from existing and new wind, solar, geothermal, biomass, municipal solid waste, and landfill 
gas plants earns full BCES credits. 

Incremental hydroelectric and nuclear generation from capacity uprates at existing plants and from new 
plants earns full BCES credits. 

Generation from existing nuclear and hydroelectric capacity does not receive any BCES credits. However, 
the total generation from these two sources counts towards the overall clean energy sales goal of the 
policy. Generation from these sources is reflected in the policy through a reduced requirement for 
holding BCES credits. 

0 

0 

0 Partial BCES credits are earned for generation using specific technologies fueled by natural gas or coal, 
based on a calculated crediting factor t h a t  reflects the carbon intensity of each technology relative to that 
of a new supercritical coal plant. These technologies include coal plants which capture and sequester 
their carbon dioxide emissions (0.9 BCES credits), natural gas plants that also sequester their carbon 
dioxide emissions (0.95 BCES credits), existing natural gas combined-cycle units (0.48 BCES credits), new 
gas combined-cycle units (0.59 BCES credits), existing gas combustion turbines (0.16 BCES credits), new 
gas combustion turbines (0.45 BCES credits), and integrated gasification combined-cycle (IGCC) coal plants 
without carbon capture (0.15 BCES credits). 

The BCES target for the share of retail electricity sales from clean energy sources starts at 45 percent in 
2015 and ultimately reaches 95 percent in 2050. However, as noted above, the requirement to hold BCES 
credits is generally reduced by generation from existing nuclear and hydroelectric capacity, which counts 
toward the clean energy targets bu t  does not earn BCES credits. 

Table 1 below shows both the overall BCES case clean energy targets and the estimated requirement for 
covering sales with BCES credits given projected generation from existing nuclear and hydroelectric 

0 
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capacity. For example, in the Reference case' projection for 2035, these generation sources account for 
about 24 percent of sales, so the 80-percent clean energy goal requires that 56 percent (80 percent minus 
24 percent) of sales be covered by BCES credits 

BCES clean energy goals increase linearly between the milestones shown in Table 1, with a 2-percentage 
point annual increase between 2020 and  2035 and a 1-percentage point annual increase in the first 5 
years of the BCES and between 2035 and 2050. 

There is no sunset date for the requirements, so the 95-percent clean energy goal remains in effect 
beyond 2050. 

All electricity providers are covered by the requirement, regardless of ownership type or size. 

BCES credits can be banked for use in a subsequent year. There is no limit on how many credits may be 
held or for how long they may be held. 

The BCES operates independently of any  State-level policies. The same underlying generation can be used 
to simultaneously comply with the BCES and any State generation requirements, if otherwise allowed for 
by both Federal and State law. 

Table 1. BCES Clean Energy Goals and Credit Coverage Requirements 

Overall Clean- Percentage of Total Sales that 
Year Energy Goal Must be Covered by BCES Credits 
2015 45% 1755 

Like other EIA analyses of energy and  environmental policy proposals, this report focuses on the impacts of those 
proposals on energy choices in all sectors and the implications of those decisions for emissions and the economy. 
This focus is consistent with EIA's statutory mission and expertise. The study does not account for any possible 
health or environmental benefits that might be associated with the BCES policy. 

Alternative Cases 
As noted above, Chairman Bingaman also requested that several variations of the base CES specification be 
analyzed. The first three cases listed, the All Clean, Partial Credit, and Revised Baseline cases, examine several 
alternative treatments for existing nuclear and hydroelectric generation facilities, giving them either a partial or a 
full credit for generation. The Partial Credit case also includes a n  alternative treatment for the crediting of 
qualifying fossil generation. 

' The reference case in this report includes some revisions to the AE02011 Reference case. The priniasy changes include an improved 
representation of interregional capacity transfers for reliability pricing and reserve margins. Also, capacity expansion decisions incorporate better 
foresight of future capital cost trends by including expectations of the commodity price index. 
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All Clean case (AC): Generation from existing nuclear and hydroelectric capacity receives full credit. As indicated 

in Table 2, in this case, the requirement to hold BCES credits is equivalent to the overall clean energy goal. 

Partial Credit case (PC): Generation from all natural gas combined-cycle units without carbon capture equipment 

receives one-half credit. Gas combustion turbines and coal plants without carbon capture do not receive credit. 

However, generation from existing nuclear and hydroelectric plants each receive one-tenth of a credit, which 

provides an added incentive to continue operating existing capacity of these types relative to the BCES case. As 
shown in Table 2, the requirements to  hold BCES credits are adjusted from the BCES case to  account for the 

differing crediting scheme and to maintain the overall goal for clean energy generation. 

Revised Baseline case (RB): Electricity service providers may subtract generation from existing nuclear and 

hydroelectric capacity from their sales baseline when calculating their clean energy requirement. Although the 

requirement for covering sales with BCES credits shown in Table 2 differs slightly from the requirements in the 

BCES case, this case is meant to achieve the same overall goal for clean energy use. Removing generation from 

existing nuclear and hydroelectric facilities from the sales baseline and adjusting the target to compensate for this 

change provides an incentive to continue operating existing nuclear and hydroelectric facilities. 

The next four cases potentially reduce the amount of clean energy stimulated by the CES, either by exempting 

small electricity suppliers from meeting the target (“Small Utilities Exempt”), capping the maximum credit price 

paid by suppliers (“Credit Cap 2.1” and “Credit Cap 3.0”), or decreasing total electricity demand through increased 

efficiency standards (“Standards and Codes”). 

Small Utilities Exempt case (SUE): Electricity suppliers with annual sales lower than 4 million MWh are exempt 

from the clean energy requirements. They may produce and sell BCES credits, but they do not need to  hold them. 

As with the Revised Baseline case, the effective sales basis i s  reduced in this case relative to  the BCES case; 

however, unlike the BCES case, there is no adjustment to  the mandatory target applied to each affected utility. As 

shown in Table 2, the clean energy target as a percent of covered sales in the SUE case is the same as in the BCES 

case. However, as a percent of total sales, the CES in the SUE case is less stringent than in the BCES case. 

Credit Cap 2.1 case (C2.1): The price of BCES credits i s  effectively capped through the availability of unlimited 

alternative compliance credits starting at  a price of 2.1 cents per kilowatthour in 2015 and rising 5 percent per year 

above the rate of inflation each year thereafter. Although neither the goal nor the mandatory targets i s  changed in 

this case from the BCES case, the amount of clean energy generation achieved may be less than the indicated 

goal/target to the extent that alternative compliance credits are used for compliance in lieu of credits from actual 

clean energy generation. 

Credit Cap 3.0 case (C3.0): Unlimited alternative compliance credits are made available starting a t  a price of 3.0 

cents per kilowatthour in 2015 and rising 5 percent per year above the rate of inflation each year thereafter. 

Although neither the goal nor the mandatory targets are changed in this case from the BCES case, the amount of 

clean energy generation achieved may be less than the indicated goal/target to the extent that alternative 

compliance credits are used for compliance in lieu of credits from actual clean energy generation. 

Standards and Codes case (S+C): Adds additional rounds of efficiency standards for currently covered products as 

well as new standards for products not yet covered. Efficiency levels assume improvement similar to those in 

Energy Star or Federal Energy Management Plan (FEMP) guidelines. The Standards and Codes case corresponds to  
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the Expanded Standards and Codes case that was part of AE02021. More information about the assumptions 

underlying this case can be found in Appendix E of the AE02011. 

With the exception of the SUE case, a l l  of the alternative cases described above share the goal in the BCES case of 

covering 80 percent of total national sales with generation from clean energy by 2035. However, the number of 

credits required in each case varies because of differences in the sales baselines and the number of credits 

assigned to different technologies, particularly with respect to the treatment of generation from existing 

hydroelectric facilities and nuclear plants (Table 2). In the BCES, AC and PC cases al l  sales are covered by the credit 

program. In the RB case, covered sales are reduced by the generation from existing hydroelectric and nuclear 

plants and, in the SUE case, they are reduced by sales from small utilities. 

Focusing on 2035, in the BCES case 56 percent of total sales must be covered by credits. As described above, the 

credit share required in the BCES case is below the 80 percent clean energy goal because projected generation 

coming from existing hydroelectric and nuclear plants does not earn credits but sti l l  counts towards the overall 

clean energy goal. In the AC case, the share of sales that must be covered by credits equals the overall clean 

energy goal because all generation from hydroelectric and nuclear plants, whether existing or new, earn credits. In 

the PC and RB cases, the share of total sales that must be covered by credits is very similar to  that in the BCES case. 

The shares are slightly higher in the PC case because generation from existing hydroelectric and nuclear plants 

earns a small share of credits in this case. In the SUE case, the share of total sales that must hold credits is 

significantly lower than in the BCES case because sales from small utilities are not required to  hold credits. These 

small utilities account for roughly 25 percent of sales so the overall credit share required is lower by about that 

amount. 

Table 2. Clean Energy Goal and Credit Shares Across Select Cases' 

Overall SUE as a 
Clean- Percent of 

Energy Covered 
Year Goal' BCES AC PC RB SUE Sales 
2015 45% 1755 45% 205:. zy, Z 5 S  17% 

2020 5% 3 5% 5 0 3  26% 325.5 1755 23% 
2025 E D 5  3 $55 60% 3755 465% 2555 34% 
2030 7Q5; 45% 70% 48% 6.056 345s 45% 

80% 56% a m  745.; 42% 5 675 5SA 2035 
2040 85% 625% 85% 643 as3 46% 6255 

985.5 E8ii 9% 70% a75.5 50% €855 20 45 
2050 95% 7 45.5 95% 76% 94% 545.5 745% 

Required Clean Energy Target as  a Percent of All Sales 

-"--- 
-_I_- I__ 

--- 
p_=__p__ -.-_-- 

__ - __ __ - ---- -. - 
-~~~r_cI_I._I_IIII__-------s^l ___I_ 

'Goal isexprefssed a s a  percentofall sal=, exceptfortheSmall Utiliti=&empt [SUE)caze, wherei t  isexpressed asa 

percent of Covered +a I ez, a5 r p  Pcifi Ed in t h  e m nd ifi ed request I etter for t h  is study [s ee Appendix Ai. In 203 5, cwered 
sales in theSUEcase are about75 percent of national +ales, reducingthe effectiveclean energygaal to about 50 percent 
ofnationalsales. b r t h e C 2 . l a n d  B.f)cases, t he  realizedclean energycoal mayfall beloavtheSSpercent national 
target dueto  the useaf alternative cornpliancecredits. 
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Results 

BCES case impacts relative to the AE02811 Reference case 
The BCES policy changes the generation mix, reducing the role of coal technologies and increasing reliance on 

natural gas, non-hydro renewable and nuclear technologies (Figure 1, Tables B 1  and 82). Coal-fired generation, 

which in the Reference case increases by 23 percent from 2009 to  2035, decreases by 41 percent in the BCES case 

over the same period. Relative to the Reference case, where natural gas generation grows steadily throughout the 

projection period, natural gas generation in 2025 is 34-percent higher and 53-percent higher in 2035. Under the 

BCES policy, non-hydro renewable technologies grow a t  the fastest rate, increasing from 146 billion kilowatthours 

in 2009 to 601 billion kilowatthours in 2025 and 737 billion kilowatthours in 2035. These totals are 60 percent and 

75 percent greater than the 2025 and 2035 Reference case projections, respectively. 

The BCES case provides different incentives to existing and new nuclear power plants because only the latter earn 

credits. Nearly 65 gigawatts of new capacity are installed by 2035 in the BCES case compared to  approximately 6 

gigawatts in the Reference case. Generation from existing nuclear plants does not qualify for credits and, as a 

result, more than 14 gigawatts of this capacity are taken out of service, while less than 2 gigawatts of capacity are 

retired in the Reference case. 

Since fossil-fueled generation that captures and sequesters carbon emissions is given nearly full BCES credit, the 

BCES spurs 47 gigawatts of coal capacity to be retrofitted with carbon capture and sequestration (CCS) equipment 

by 2035. Nearly all of these retrofits occur in the final 10 years of the forecast period, with less than one gigawatt 

of capacity retrofitted by 2025. No new coal plants with CCS are added in the BCES case beyond the small amount 

found in the Reference case. 

Figure 1. Total Net Electricity Generation 
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Source: US. Energy Information Administration. National Energy Idodeling System, runs r&hall.dD82611 b and 
cesbingbk.dl006113. 
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Among renewable sources, wind and biomass have the largest generation increases under the BCES (Figure 2, 

Tables B 1  and 82). Under the BCES policy, 2035 wind generation is more than five times i ts  2009 level. Total 2035 

wind generation under the BCES is more than double the 2035 level in the Reference case. Biomass generation 

shows robust growth, as well, within the BCES framework. All of the growth in biomass use relative to  the 

Reference case is attributable to  co-fired generation, which reaches 187 billion kilowatthours in 2025 before 

declining to 156 billion kilowatthours in 2035 as coal-fired plants that co-fire biomass are retired. 

Figure 2. Total Non-Hydroelectric Renewable Generation 
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Source: U .S. Energy Informati on Ad mi nistration. M ational En erpffufo deling System, runs refh all. d082611 b and 
cesbingbkdlO0611 a. 

Under the BCES, projected annual electricity sector carbon dioxide emissions are 22 percent below the 
Reference case level in 2025 and 43 percent lower in 2035 (Figure 3, Tables B 1  and B2). In the Reference case 

electricity-sector carbon dioxide emissions increase modestly over the projection period, reaching annual 

emissions of 2,345 million metric tons of carbon dioxide (MMTCO2) in 2025 and growing further to  2,500 MMTC02 

emitted in 2035. Over the 2009-to-2035 period, cumulative COz emissions are 20 percent lower in the BCES case 

than they are in the Reference case. 
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Figure 3. Electricity Sector Carbon Dioxide Emissions 
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Source: U .S. Energy Information Ad mi n'cjtration. Mati onal En e r g  Ivfo deling System, runs refh all. dB8261 1 b 
and cesbingbk'.dlOClil1a. 

The BCES has a negligible impact on electricity prices through 2022, but prices rise in later years. (Figure 4, 

Tables B 1  and B2). In the early years of the projection period, there is negligible impact on average end-use 

electricity prices, as the requirement t o  hold BCES credits is modest. As shown in Table 1, the share of total sales 

that must be covered by credits does not exceed 45 percent until after 2030. This is important because, while 

coal-fired plants do not receive BCES credits, efficient combined cycle plants receive 0.48 credits for each 

megawatthour they generate, more than retailers purchasing their output are required to  hold until after 2030. 

This effectively reduces the cost of most natural gas-fired generation until the later years of the projections. 

Electricity prices do grow later in the projections, reaching 21 percent above the Reference case level by 2035 in 

the BCES case. 

Figure 4. BCES Impact on Electricity and Natural Gas Prices (BCES Difference from Reference case) 

2009 dollars/Md 2009 centslkWh 
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While average end-use electricity prices increase nationally after 2020 in the BCES case, the increase is not the 

same across all regions (Table 3). In 2025, when national average electricity prices in the BCES case are projected 

to be 3.6 percent above the Reference case level, regional projected prices are below the Reference case level in 8 

of the 22 regions including New England (NEWE) and California (CAMX) which already have significant generation 

from eligible clean energy resources. By 2035, prices are below the Reference case level in only one region, MRO 

East (MROE), reflecting the significant share of qualified end-use generation projected to  be co-produced in that 

region by facilities producing cellulosic biofuels to comply with the Federal Renewable Fuels Standard. The 

regions with the highest price increases in 2035 (by percent) are the SERC Central Region (SRCE) (69.2-percent 

increase) and the WECC Northwest Region (NWPP) (61.5-percent increase). The two regions with the highest 

increases in terms of cents per kilowatthour in 2035 are NPCC Long island (NYLI), where prices increase by 5.2 

cents/kWh and SERC Central (SRCE), where prices increase by 4.2 cents/kWh. 

Natural gas prices also increase in the BCES case, particularly in the early years of the projections (Figure 4, 

Tables 6 1  and 62). Early in the projection, natural gas prices rise as generation from natural gas increases to 

comply with the BCES and bank credits for future use. As new capacity is built and other clean technologies 

continue to be expanded, the natural gas price premium over the Reference case gradually declines. Natural gas 

price impacts reach their height in 2016, where prices are $0.83/ thousand cubic feet (12 percent) higher than in 

the Reference case. 

Table 3. BCES Regional End-use Sector Average Prices (2009 cents/ltWh) 

2009 2025 20.35 
Reference BCES Reference BCES 

Region 

a n d  cesb ingbk  d 1 0 0 G l l a .  
Note-  See A p p e n d i x  C f o r  a m a p  o f  the NEMS electricity m a r k e t  m o d u l e  reg ions  
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Electricity expenditures increase in the BCES case after 2020 as a result of higher electricity prices (Figure 5, 

Tables B 1  and 82). However, because electricity sales decrease later in the forecast period relative to the 
Reference case, the impact on electricity expenditures is smaller than the impact on electricity prices. In 2025 and 
2035, total annual electricity expenditures across all sectors in  the BCES case are 2.8 percent and  15.1 percent 
above the projected Reference case level, respectively. Household average annual electricity expenditures 
similarly increase over the projection horizon. In 2025, average household electricity expenditures are $1,198 in 
the BCES case -$36 above the Reference case. This difference increases to $170 in 2035 between the two cases 
($1,366 versus $1,196). 

Figure 5. Total Electricity Expenditures 

billion 2009 dollars Percent Diffemce (BCES - Reference) 
- 20x 

" " I" 

2015 2020 2025 2030 2035 

mm Reference CES &Percent Difference (BCES - Reference) 

Source: U.S. EnergylnformationAdmin~ktration. National Ener~~ModelingS~stem, runs r~fhall.dDB261'1 b and 
cesbingbk.dlOOiil1 a 

Higher natural gas prices also lead to increased natural gas expenditures outside the electricity sector in the 

BCES case (Figure 6, Tables B 1  and 82). In 2025, non-electric natural gas expenditures in the BCES case are 3.4 
percent higher than Reference case levels. This differential increases to  6.5 percent by 2035. Natural gas 
expenditures in the electric power sector experience upward pressure from both higher prices and higher 
consumption, but the impact of those changes on ultimate consumers is reflected in their electricity expenditures. 
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Figure 6. Natural Gas Expenditures, Not Including the Electric Power Sector 
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The BCES case reduces projected real Gross Domestic Product (GDP) relative to the Reference case, with a peak 
difference in the GDP level of less than half of one percent in 2035 and generally lower impact in earlier years. 
(Figures 7 and 8, Tables B 1  and 82). G D P  grows a t  an average annual rate of 2.67 percent between 2009 and 2035 

in the BCES case, just slightly below the Reference case growth rate of 2.69 percent. 

Figure 7.  Annual Gross Domestic Product 
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Source: US. Energy Information Administration. National Energy Modeling System, runs 
refhall.dO826l1 b andcesbingbkdlOOS11a. 
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Figure 8.  BCES Impact on Employment and Real GDP, Percent Difference (BCES Difference from Reference case) 
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Source: US. Energy Information Ad ministration. National Enerp{/Modeling System, runs refhall. dD8261.1 b 
andcesbingbk.dlQDEj1 la. 

Alternative Case Results 
As described earlier, EIA also prepared alternative cases that vary certain aspects of the CES policy. This section 
briefly describes the main impacts of these alternative cases. 

As in the BCES case, each of the alternative cases shows reductions in coal generation and increases in natural 
gas, renewable and nuclear generation (Figures 9 and 10). Because each of the alternative cases maintains the 
basic structure of giving renewable generation a full credit and no credits to  conventional coal generation, all of 
the cases show renewable electricity generation growth relative to the Reference case. Natural gas and nuclear 
generation levels vary across the cases. The All Clean (AC), Partial Credit (PC) and Revised Baseline (RB) cases all 
show greater nuclear generation than in the BCES case. Each of these cases contains provisions aimed a t  providing 
some credit t o  existing nuclear plants which results in greater nuclear generation and lower coal generation. The 
highest nuclear generation occurs in the PC case where it reaches levels 9.7 percent and 62.2 percent greater than 
the BCES case in 2025 and 2035, respectively. This generation i s  8.2 percent and 46.3 percent above the Reference 
case levels in those same years. 

The shift away from coal i s  smaller in the cases with credit price caps, as compliance is achieved by making 
alternative compliance payments. This i s  particularly true in the Credit Cap 2.1 (C2.1) case where renewable 
generation is the smallest among alternative cases. Both this case and the Small Utilities Exempt (SUE) case, where 
suppliers with sales of less than four million MWhs are exempt from meeting the targets, have the largest coal 
generation as a result of the ability to comply without needing as much clean generation. The role played by fossil- 
fueled technologies that sequester carbon emissions varies across the cases, with larger amounts seen in the AC 
and RB cases that tend to have higher CES credit prices that spur the use of higher-cost technologies. 

Non-hydroelectric renewable generation increases relative to the Reference case in all of the alternative cases, 
but it varies among them (Figures 11 and 12). The lowest level among the alternative cases in 2035 occurs in the 
C2.1 case where utilities rely on making alternative compliance payments rather than increasing clean generation, 
while the highest level occurs in the C3.0 case. In the C3.0 case, the option to  make alternative compliance 
payments a t  a higher rate than in the C2.1 case results in coal generation between the levels in the BCES and C2.1 
cases. However, the credit price levels in the C3.0 case are not high enough to support the high levels of new 
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nuclear capacity seen in the other alternative cases, leading t o  a slightly higher level of non-hydro renewable 
generation than occurs in those cases. 

Figure 9. Total Net Electricity Generation in Alternative Cases, 2025 

billion kilowatt h o urs 
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Source: U .S. Energy Information Ad ministration 1.1 ati ma l  En erg/ Id0 deling System, rum r efh all. d082611 b, 
cesbingbk.dlDD61 la, cesbingbkac.dlC0611 a, cesbingbkrb.d.lDD31 la ,  ceslingbkpcdlCD61 l a ,  cesbingbksm d1003'11 b. 
cesbingbkcl .dlOD3lI b, cesbingbkc3D.dlOD31 la ,  cesbingbkscd100611a. 

Figure 10: Total Net Electricity Generation in Alternative Cases, 2035 
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Figure 11. Total Non-hydroelectric Renewable Generation in Alternative Cases, 2025 
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Figure 12. Total Non-hydroelectric Renewable Generation in Alternative Cases, 2035 
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While all alternative cases achieve carbon dioxide emissions reductions in the electric power sector relative to  

the Reference case, there are significant differences across cases (Figure 13). Trends in emissions directly reflect 

the generation mix. The cases with the largest emissions reductions, the RB, PC, and AC cases, achieve between 25 

percent t o  31 percent lower emissions in 2025 than in the Reference case. By 2035, their electricity sector carbon 

dioxide emissions fa l l  to levels 60 percent to 63 percent below the Reference case, much larger than the 43 

percent reduction seen in the BCES case. The larger emissions reductions in these cases occur because of 

incentives in them to continue operating existing nuclear plants while retiring additional coal plants. The opposite 

occurs in the SUE, C3.0, and C2.1 cases where the exclusion of small utilities from coverage or the credit price cap 

reduce the amount of clean energy needed for compliance. 

Figure 13. Electric Power Sector Carbon Dioxide Emissions in Alternative Cases, 2025 and 2035 
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Source. US. Energy InformationAdminktration. I.iational EnergyModelingSystem, rum refhall.dDE2611 b, 
cesbingbkdlODEIla, c~sbingbkac.dlCC611a, cesbingbkrb d10031 la, cestingbkpcdlDD61 la, cesbingblcsm.d10D3Ilb, 
cesbingbkc21 .dl0031 1 b, cesbingbkfl dlOD31 I a, cesbingbkscdlOD611 a. 

Each of the alternative cases causes average end-use electricity prices to  rise relative to  the Reference case by 

2035, but there is a wide range of price changes (Figure 14). As in the BCES case, 2025 electricity price increases 

among the alternative cases are modest. The only case where 2025 electricity prices exceed Reference case prices 

by more than 10 percent is the AC case, where they are 10.3 percent higher. This occurs because the required 

credit share is much higher in the AC case, exceeding the credits given to natural gas combined cycle plants by 

2018, much earlier than in the other cases. In contrast, the only case shown in Figure 14 to have a 2035 average 

electricity price that is not a t  least 10 percent above the Reference case projected price is the Credit Cap 2.1 case. 

Average 2035 electricity prices among all cases, however, are less than 30 percent higher than Reference case 

prices in that same year. The two cases with the highest percentage increases in 2035 prices are the Revised 

Baseline case and the All Clean case, each having prices that are approximately 27 percent higher than the 

Reference case. The electricity price in the Standards and Codes case does not reflect the higher level of 

expenditures needed for structures and equipment to  meet more stringent codes and standards. 

Electricity prices from the SUE case are not displayed in Figure 14, because EIA is not able to disaggregate the price 

impacts of exempt small utilities from those of larger covered utilities. Average price impacts in this case are 

subject to misinterpretation given that there is likely to  be a considerable divergence in the price impacts on 

customers of exempt and non-exempt electricity providers. Price impacts in this case will vary depending on how 
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the value of the credits earned by clean energy generators serving uncovered small utilities flows through to 
electricity prices. If the credits from these generators generally flow with the electricity to the small utilities they 
serve, the electricity prices to the customers of the exempt providers could actually fall because of revenue they 
earn selling the credits to non-exempt providers. However, the degree to which this might occur is uncertain. 

Figure 14. Impacts on National Average Electricity Prices in Alternative Cases, 2025 and 2035 

percent difference from Reference case 
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Source: US. Energy Information Administration. National EnergyModelingSystem, rum refhall.dD82~11 b, 
cesbingbk.dlOD611 a, c~;sbingbkac.d1#611 a, cmbingbkrb.dI0D311 a, cestingbkp~dl01361 la,  cesbingbksm.dlOD311 b, 
cesbingbki21.6100311 b, cesbingbkC3~.dl#)0311a, cesbingbkscdl#0611a. 

Regional electricity prices also vary widely across cases (Tables 4 and 5). As with the national prices, the 
magnitude of the regional price impacts compared to the Reference case depends on the overall stringency of the 
targets and whether or not the compliance costs are capped. Generally, the largest price increases in percentage 
terms occur in regions where Reference case prices are relatively low (e.g. NWPP) or where prices are below the 
national average in regions that are heavily dependent on coal. As in the BCES case, prices in the MROE region 
decrease across all alternative cases by 2035. The All Clean and Standards and Codes cases cause the greatest 
number of regions (15 out of 22) to experience price increases of more than 25 percent in 2035. However, as 
noted in the discussion of the BCES case results, electricity expenditure impacts in the Standards and Codes case 
are ameliorated by lower levels of electricity use. 
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Table 4. Regional Average Electricity Prices in Alternative Cases, 2025 (2009 cents/ltWh) 

2009 2025 

Ref BCES AC PC RB (2.1 (3 .0  S+C Region 
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Source: US. EnergylnformatlonAdmin'c;ration. National EnergyModeiingSystem, runs refhall.dD82611 b, cesbincbk.dlDCS1 la, cesbingbkEcd10061 la, 
cesbingbkrb.dlWl3lla, cesbingbkpcdl011611a,cesbingbksm.dlOD311 b, cesbingbkc2l.dlOD31Ib, cesbingbkc30.dlOD311a, cesbingbkscdlOD3Ils. 

Table 5. Regional Average Electricity Prices in Alternative Cases, 2035 (2009 cents/ltWh) 

2009 2035 
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Natural gas price impacts are significant early in the projection period, but largely moderate by 2035 (Figure 15). 
In 2035, price impacts across cases are generally less t h a n  5 percent, when compared to the Reference case. 
However, impacts on gas prices a re  generally more significant in the earlier years of the program. By 2025, 
impacts in three cases, All Clean, Revised Baseline, and Partial Credit, exceed 4 percent, with the Revised Baseline 
case exceeding 8 percent. Cases with reduced need for clean energy generation - the Small Utility Exemption 
case, the Standards and Codes case, and the two credit price cap cases - have more modest gas price impacts in 
the near-term. In 2025, only the Revised Baseline case, where natural gas generation in 2025 significantly exceeds 
the BCES case level, shows a larger impact on natural gas prices t h a n  the BCES case. 

Figure 15. Impacts on Delivered Natural Gas Prices in Alternative Cases, 2025 and 2035 
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Source: U S .  Energylnformation Administration. National Energ.~ModelingSystcm, runs refhall.dOS261 1 b, 
cesbingbkd100611 a, cesbingbkac.dlC0611 a,  cesbingbkrb.dlOD3.1 la,  ceshngbkpcd100614 a, ceshinghksm.d100311 b, 
ces bi n gbkc21 .dl  OD31 1 b, cesbingbkc3D.d 10031 1 a, ces bingbkc d l  OOS11 a. 
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EXHIBIT 
B I C D I E I F I G I H I I I J K I L M I N 0 P 

Click on link below to go to table. Press Ctrl+Home to return here. 
1. Total Enerqv Supplv. Disposition, and Price Summary 
2. Eneruv Consumption bv Sector and Source 
3. Energv Prices bv Sector and Source 
4. Residential Sector Key Indicators and Consumption 
5. Commercial Sector Kev Indicators and Consumption 
6. Industrial Sector Key Indicators and Consumption 
7. Transportation Sector Kev Indicators and Delivered Enerqv Consumption 
8. Electricity Supplv, Disposition, Prices, and Emissions 
9. Electricitv Generatina Capacity 
IO. Electricity Trade 
11. Liquid Fuels Supplv and Disposition 
12. Petroleum Product Prices 
13. Natural Gas Supply, Disposition, and Prices 

15. Coal Supplv, Disposition, and Prices 
16. Renewable Energy Generating Capacitv and Generation 
17. Renewable Enerqv Consumption bv Sector and Source 
18. Carbon Dioxide Emissions bv Sector and Source 
19. Energy-Related Carbon Dioxide Emissions bv End Use 
20. Macroeconomic Indicators 
21. National Impacts of Renewable or Clean Enerqv Standards (RPS/CES) 
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~ ~ ~esbingbk.dlOO611 a 2008 2009 201 0 

45 
4fi 

C D E I F I G H I I I J K L M I N 0 P 

50 
51 
52 
53 
54 

Liquids 

Energy 31 

1. Total Energy Supply, Disposition, and Price Summary 
(quadrillion Btu, unless otherwise noted) 

Supply, Disposition, and Prices 2008 

10.51 
2.41 

20.83 
23.85 
8.43 
2.53 
3.94 
1.12 
0.1 9 
73.80 

21.39 
6.32 
4.08 
0.96 
32.76 

3.78 
1.01 
2.07 
6.86 

2009 

11.34 
2.57 

21.50 
21.58 

8.35 
2.69 
3.54 
1.29 
0.34 
73.20 

19.70 
5.40 
3.82 
0.61 
29.53 

4.17 
1.09 
1.51 
6.77 

201 0 

1 I .87 
2.64 

21.71 
22.78 
8.39 
2.40 
3.83 
1.54 
0.56 
75.70 

20.1 9 
4.53 
3.88 
0.55 
29.1 5 

4.25 
1.06 
1.93 
7.24 

201 1 

201 1 

11.76 
2.63 

21.48 
21.97 
8.40 
2.58 
4.23 
1.72 
0.93 
75.69 

20.1 6 
4.72 
3.90 
0.68 
29.46 

4.24 
1.08 
1.87 
7.1 8 

201 2 

201 2 

11.58 
2.70 

21.27 
21.93 
8.50 
2.66 
4.36 
2.44 
0.65 
76.1 0 

19.84 
5.22 
3.85 
0.82 
29.74 

3.27 
1.20 
1.86 
6.33 

201 3 

201 3 

12.02 
2.73 

21.75 
21.70 

8.64 
2.74 
4.60 
2.60 
0.69 
77.47 

19.78 
5.36 
3.93 
0.86 
29.94 

3.26 
I .22 
I .87 
6.35 

Crude Oil and Lease Condensate 
Natural Gas Plant 

Nuclear Power 

Other Renewable 

Page 3 

201 4 

201 4 

12.39 
2.76 

22.09 
21.28 
8.70 
2.87 
4.61 
2.61 
0.77 
78.07 

19.44 
5.35 
3.98 
0.86 
29.62 

3.24 
1.26 
1.79 
6.30 

201 5 

201 5 

12.52 
2.95 

23.90 
18.04 
8.77 
2.96 
5.1 0 
2.61 
0.70 
77.56 

19.19 
5.31 
4.29 
0.83 
29.61 

3.25 
1.24 
1.76 
6.25 

201 6 

201 6 

12.83 
2.91 

23.58 
18.60 
8.46 
3.05 
5.49 
2.61 
0.71 
78.23 

18.83 
5.35 
4.1 9 
0.81 
29.1 8 

3.28 
1.32 
1.77 
6.37 

201 7 

201 7 

13.08 
2.94 

23.84 
17.98 
8.40 
3.05 
6.26 
2.64 
0.78 
78.97 

18.54 
5.32 
4.12 
0.80 
28.78 

3.37 
1.41 
1.55 
6.33 

201 8 

201 8 

13.1 3 
3.01 

24.33 
18.33 
8.50 
3.05 
6.60 
2.64 
0.79 
80.37 

18.43 
5.32 
4.06 
0.36 
28.1 8 

3.44 
1.51 
1.81 
6.76 

201 9 

201 9 

13.17 
3.08 

24.82 
17.99 
8.61 
3.05 
6.92 
2.64 
0.79 
81.07 

18.32 
5.29 
4.01 
0.51 
28.1 3 

3.49 
1.62 
1.86 
6.97 

2020 

2020 

13.09 
3.1 8 

25.26 
18.35 
8.61 
2.78 
7.29 
2.69 
0.80 
82.04 

18.29 
5.25 
3.88 
0.50 
27.93 

3.52 
1.77 
1.92 
7.21 

2021 

2021 

13.OE 
3.2: 

25.51 
17.9: 
8.5: 
3.0: 
7.5c 
2.6: 
0.7L 
82.3: 

18.3E 
5.2C 
3.7; 
0.6E 
27.96 

3.5E 
1.8: 
1.8E 
7.2E 



Q 
2022 

2022 

13.08 
3.44 

25.86 
18.09 
8.46 
3.05 
7.75 
2.69 
0.74 
83.1 6 

18.13 
5.24 
3.58 
0.59 
27.53 

3.55 
1.95 
1.86 
7.35 

R S T I U v W I X I Y z I AA I AB I AC I AD I AE 
2023 

2023 

12.89 
3.61 

26.09 
17.85 
8.59 
3.16 
8.07 
2.86 
0.73 
83.83 

18.09 
5.1 7 
3.47 
0.67 
27.40 

3.56 
1.98 
I .84 
7.38 

2024 

2024 

12.67 
3.78 

26.14 
17.80 
8.76 
3.1 6 
8.48 
3.05 
0.71 
84.55 

18.12 
5.1 0 
3.42 
0.63 
27.27 

3.58 
1.98 
1.85 
7.41 

2025 

2025 

12.54 
3.81 

26.24 
17.56 
8.98 
3.1 6 
8.79 
3.27 
0.71 
85.07 

18.19 
5.1 0 
3.37 
0.61 
27.26 

3.61 
1.99 
1.84 
7.43 

2026 

2026 

12.45 
3.84 

26.45 
17.39 
9.22 
3.1 6 
9.02 
3.52 
0.71 
85.75 

18.17 
5.08 
3.32 
0.59 
27.1 5 

3.62 
2.02 
1.82 
7.47 

2027 

2027 

12.55 
3.89 

26.68 
16.98 
9.49 
3.1 6 
9.23 
3.77 
0.71 
86.45 

18.04 
5.07 
3.27 
0.52 
26.90 

3.64 
2.07 
1.80 
7.51 

2028 

2028 

12.58 
3.93 

27.03 
16.46 
9.80 
3.1 6 
9.54 
4.09 
0.72 
87.30 

17.81 
5.03 
3.19 
0.50 
26.53 

3.66 
2.09 
1.67 
7.43 

2029 

2029 

12.65 
3.93 

27.1 7 
16.09 
10.1 6 
3.1 6 
9.56 
4.44 
0.74 
87.90 

17.79 
5.05 
3.14 
0.46 
26.45 

3.69 
2.1 3 
1.66 
7.48 

2030 

2030 

12.71 
3.97 

27.56 
15.52 
10.57 
3.1 6 
9.61 
4.77 
0.77 
88.65 

17.77 
5.06 
3.13 
0.40 
26.36 

3.73 
2.13 
1.64 
7.51 

2031 

2031 

12.90 
4.05 

28.1 7 
14.87 
10.86 
3.1 6 
9.61 
4.91 
0.78 
89.30 

17.64 
5.04 
3.1 2 
0.34 
26.1 5 

3.77 
2.1 9 
1.64 
7.60 

2032 

2032 

13.19 
4.08 

28.72 
14.36 
1 1.25 
3.1 6 
9.50 
4.95 
0.78 
89.98 

17.42 
5.08 
3.08 
0.38 
25.96 

3.79 
2.24 
1.61 
7.64 

2033 

2033 

13.44 
4.13 

29.43 
14.47 
10.69 
3.15 
9.78 
4.97 
0.77 
90.84 

17.08 
5.1 3 
3.03 
0.36 
25.60 

3.80 
2.33 
1.70 
7.83 

2034 

2034 

13.35 
4.1 5 

30.03 
15.07 
9.25 
3.15 

10.04 
5.01 
0.78 
90.82 

17.26 
5.1 7 
2.97 
0.34 
25.75 

3.85 
2.41 
1.42 
7.68 

2035 

2035 

13.27 
4.1 7 

31.30 
15.03 
8.1 8 
3.07 

10.09 
5.1 0 
0.77 
90.98 

17.46 
5.20 
2.84 
0.38 
25.88 

3.88 
2.52 
1.33 
7.73 

2009- 
2035 

0.6% 
1.9% 
1.5% 

-1.4% 
-0.1% 
0.5% 
4.1 % 
5.4% 
3.2% 
0.8% 

-0.5% 
-0.1% 
-1.1% 
-1.8% 
-0.5% 

-0.3% 
3.3% 

-0.5% 
0.5% 

I 79 I 
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93 
94 
95 
96 
97 
98 
99 

Liquid Fuels 9/ 
Natural Gas 
Coal IO/ 
Nuclear Power 
Hydropower 
Biomass 1 I/ 
Other Renewable Energy 3/ 
Other 12/ 
Total 

Prices (2009 dollars per unit) 
Low Sulfur Light Price ($ per barrel) 13/ 
Imported Crude Oil Price ($ per barrel) 13, 
Gas Price at Henry Hub ($ / mmBtu) 
Gas Wellhead Price ($ / mmBtu) 14/ 
Gas Wellhead Price ($ / Mcf) 141 
Coal Minemouth Price ($ /ton) 15/ 

Prices (nominal dollars per unit) 
Low Sulfur Light Price ($ per barrel) 13/ 
Imported Crude Oil Price ($ per barrel) 13, 
Gas Price at Henry Hub ($ / mmBtu) 
Gas Wellhead Price ($ / mmBtu) 14/ 
Gas Wellhead Price ($ / Mcf) 14/ 
Coal Minemouth Price ($ /ton) 15/ 
Coal Delivered Price ($ / million Btu) 161 
Electricity (cents per kilowatthour) 

2008 
-0.44 

38.46 
23.85 
22.38 
8.43 
2.53 
3.07 
1.12 
0.31 

100.1 4 

100.51 
93.44 
8.94 
7.96 
8.18 

31.54 
2.18 

9.8 

99.57 
92.57 
8.86 
7.89 
8.10 

31.25 
2.16 
9.7 

2009 
1.15 

36.62 
23.32 
19.69 
8.35 
2.69 
2.54 
1.29 
0.32 
94.81 

61.66 
59.04 
3.95 
3.62 
3.71 

33.26 
2.31 

9.8 

61.66 
59.04 
3.95 
3.62 
3.71 

33.26 
2.31 
9.8 

201 0 
-0.20 

36.96 
24.32 
21.23 
8.39 
2.40 
2.66 
1.54 
0.32 
97.82 

78.03 
74.86 
4.43 
3.95 
4.05 

36.78 
2.41 
9.6 

78.71 
75.52 
4.47 
3.99 
4.09 

37.1 1 
2.43 
9.6 

201 1 
-0.40 

37.41 
24.34 
20.63 
8.40 
2.58 
2.99 
1.72 
0.30 
98.36 

83.21 
80.32 
4.48 
3.95 
4.06 

35.57 
2.39 
9.0 

85.05 
82.10 
4.58 
4.04 
4.15 

36.36 
2.44 

9.2 

201 2 
-0.32 

38.25 
23.90 
20.73 
8.50 
2.66 
3.02 
2.44 
0.31 
99.82 

85.74 
80.68 
4.34 
3.85 
3.95 

34.05 
2.34 
8.9 

88.69 
83.45 
4.49 
3.98 
4.08 

35.22 
2.42 

9.2 

201 3 
-0.25 

38.84 
24.44 
20.53 
8.64 
2.74 
3.21 
2.60 
0.31 

101.31 

88.09 
82.96 
4.35 
3.85 
3.95 

33.62 
2.31 

8.8 

92.70 
87.30 
4.57 
4.05 
4.1 6 

35.38 
2.43 
9.2 

1/ Includes waste coal. 
2/ Includes grid-connected electricity from wood and wood waste: biomass, such a s  corn, used for liquid fuels production; and non-electric 

201 4 
-0.25 

38.97 
24.79 
20.18 
8.70 
2.87 
3.21 
2.61 
0.31 

101.65 

91.43 
85.08 
4.34 
3.84 
3.94 

33.10 
2.28 
8.7 

97.93 
91 .I4 
4.65 
4.12 
4.22 

35.45 
2.45 
9.4 

201 5 
-0.26 

39.07 
26.93 
16.84 
8.77 
2.96 
3.68 
2.61 
0.31 

101.18 

94.48 
86.73 
5.47 
4.84 
4.97 

33.17 
2.26 
8.9 

103.32 
94.84 
5.98 
5.30 
5.43 

36.27 
2.47 
9.7 

201 6 
-0.27 

39.05 
26.43 
17.37 
8.46 
3.05 
4.03 
2.61 
0.32 

101.30 

97.48 
88.74 
5.57 
4.93 
5.06 

32.25 
2.19 

8.9 

108.78 
99.02 
6.22 
5.50 
5.65 

35.99 
2.44 
9.9 

201 7 
-0.27 

39.05 
26.53 
16.97 
8.40 
3.05 
4.73 
2.64 
0.31 

101.68 

100.35 
91.35 
5.58 
4.94 
5.07 

31 .I 1 
2.21 

8.8 

114.36 
104.10 

6.35 
5.63 
5.77 

35.45 
2.52 
10.1 

201 8 
-0.25 

39.06 
26.86 
16.62 
8.50 
3.05 
5.00 
2.64 
0.30 

102.04 

103.06 
93.91 
5.60 
4.96 
5.09 

32.43 
2.21 
8.9 

1 19.93 
109.28 

6.52 
5.77 
5.92 

37.74 
2.57 
10.3 

201 9 
-0.26 

39.08 
27.19 
16.39 
8.61 
3.05 
5.22 
2.64 
0.30 

102.48 

105.65 
96.22 
5.64 
5.00 
5.13 

32.38 
2.20 
8.9 

125.36 
114.18 

6.70 
5.93 
6.08 

38.42 
2.61 
10.6 

2020 
-0.25 

39.13 
27.35 
16.69 
8.61 
2.78 
5.46 
2.69 
0.29 

103.01 

108.03 
98.51 
5.84 
5.17 
5.31 

32.68 
2.20 
8.9 

130.73 
11 9.21 

7.07 
6.26 
6.42 

39.55 
2.66 
10.8 

2021 
-0.25 

39.21 
27.33 
16.53 
8.55 
3.05 
5.63 
2.69 
0.30 

103.28 

1 10.28 
100.58 

6.00 
5.31 
5.45 

32.91 
2.21 

9.0 

135.89 
123.94 

7.39 
6.54 
6.71 

40.5E 
2.72 
11.1 

I 1 19 lenergy demand from wood. Refer to Table 17 for details. 
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2022 
-0.25 

39.30 
27.47 
16.54 
8.46 
3.05 
5.78 
2.69 
0.30 

103.59 

1 12.45 
102.54 

6.14 
5.43 
5.57 

32.97 
2.21 
9.0 

140.93 
128.51 

7.69 
6.81 
6.99 

41.32 
2.77 
11.3 

114 

117 
118 
119 

2023 
-0.1 9 

39.35 
27.57 
16.30 
8.59 
3.1 6 
5.94 
2.86 
0.29 

104.04 

1 14.55 
104.50 

6.28 
5.56 
5.71 

33.1 8 
2.21 
9.2 

146.15 
133.33 

8.02 
7.1 0 
7.28 

42.33 
2.83 
11.7 

2024 
-0.1 3 

39.44 
27.56 
16.13 
8.76 
3.1 6 
6.15 
3.05 
0.28 

104.54 

I1 6.36 
106.20 

6.44 
5.70 
5.85 

33.18 
2.21 
9.3 

151.13 
137.94 

8.36 
7.40 
7.60 

43.09 
2.87 
12.0 

2025 
-0.1 4 

39.55 
27.61 
15.88 
8.98 
3.1 6 
6.32 
3.27 
0.27 

105.04 

1 17.98 
107.76 

6.57 
5.81 
5.96 

33.27 
2.22 
9.4 

155.84 
142.34 

8.67 
7.68 
7.88 

43.95 
2.93 
12.4 

2026 
-0.03 

39.60 
27.72 
15.57 
9.22 
3.1 6 
6.42 
3.52 
0.26 

105.46 

11 9.07 
108.71 

6.68 
5.91 
6.07 

33.24 
2.22 
9.5 

160.02 
146.09 

8.97 
7.95 
8.15 

44.68 
2.98 
12.8 

2027 
-0.1 0 

39.74 
27.87 
15.1 3 
9.49 
3.1 6 
6.52 
3.77 
0.26 

105.94 

120.31 
109.84 

6.75 
5.97 
6.1 3 

33.06 
2.20 
9.6 

164.61 
150.28 

9.23 
8.1 7 
8.39 

45.23 
3.01 
13.2 

2028 
-0.06 

39.78 
28.1 2 
14.63 
9.80 
3.1 6 
6.61 
4.09 
0.26 

106.46 

120.92 
I1 0.08 

6.83 
6.04 
6.20 

32.95 
2.20 
9.8 

168.52 
153.41 

9.51 
8.42 
8.64 

45.92 
3.06 
13.6 

2029 
-0.06 

39.94 
28.1 8 
14.19 
10.16 
3.1 6 
6.60 
4.44 
0.26 

106.93 

121.94 
111.04 

6.82 
6.04 
6.20 

33.00 
2.1 8 
9.9 

173.1 8 
157.69 

9.69 
8.58 
8.80 

46.87 
3.09 
14.1 

2030 
-0.06 

40.1 9 
28.56 
13.52 
10.57 
3.1 6 
6.55 
4.77 
0.23 

107.56 

122.70 
11 1.65 

6.86 
6.07 
6.23 

32.93 
2.15 
10.0 

177.51 
161.52 

9.92 
8.78 
9.01 

47.63 
3.1 1 
14.5 

2031 
-0.09 

40.43 
29.1 1 
12.76 
10.86 
3.1 6 
6.48 
4.91 
0.25 

107.95 

123.29 
I1 2.03 

6.98 
6.1 8 
6.34 

32.59 
2.1 3 
10.1 

181.71 
165.1 1 

10.29 
9.1 1 
9.35 

48.03 
3.1 4 
14.9 

2032 
-0.02 

40.61 
29.56 
12.1 9 
1 1.25 
3.1 6 
6.34 
4.95 
0.26 

108.33 

123.72 
11 2.24 

7.1 3 
6.31 
6.48 

31.92 
2.10 
10.3 

185.96 
168.69 
10.72 
9.49 
9.74 

47.98 
3.16 
15.5 

2033 
0.00 

40.80 
30.1 3 
12.1 1 
10.69 
3.1 5 
6.48 
4.97 
0.26 

108.61 

123.59 
I 12.08 

7.43 
6.58 
6.75 

31.39 
2.09 
10.6 

189.49 
171.84 

11.39 
10.08 
10.34 
48.1 2 

3.20 
16.3 

2034 
-0.01 

41.04 
30.59 
12.88 
9.25 
3.15 
6.67 
5.01 
0.30 

108.89 

123.97 
11 2.49 

7.70 
6.81 
6.99 

30.53 
2.1 1 
11.0 

193.95 
175.99 
12.04 
10.66 
10.93 
47.76 

3.30 
17.1 

2035 
0.05 

41.25 
31.62 
12.80 
8.1 8 
3.07 
6.72 
5.1 0 
0.34 

109.08 

124.14 
1 12.67 

7.92 
7.01 
7.1 9 

30.1 3 
2.12 
11.3 

198.1 7 
179.87 
12.64 
11.19 
11.48 
48.1 0 
3.39 
18.1 

- *  

0.5% 
1.2% 

-1.6% 
-0.1% 
0.5% 
3.8% 
5.4% 
0.3% 
0.5% 

2.7% 
2.5% 
2.7% 
2.6% 
2.6% 

-0.4% 
-0.3% 
0.6% 

4.6% 
4.4% 
4.6% 
4.4% 
4.4% 
I .4% 
1.5% 
2.4% 
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Mcf = Thousand cubic feet. 
- - = Not amlicable. 

M N 0 P 
1 
120 - 
121 
122 
1 23 
124 
125 
126 

128 
129 
130 
131 
- 
133 
134 
135 
136 
137 
138 
139 

- 

- 

Page 7 

I I I I I I I I 
2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 cesbingbk.dlOO611 a 2008 

non-electric energy from renewable sources, such as active and passive solar systems. Excludes electricity imports using renewable sources 
and nonmarketed renewable energy. See Table 17 for selected nonmarketed residential and commercial renewable energy. 

31 Includes grid-connected electricity from landfill gas; biogenic municipal waste; wind; photovoltaic and solar thermal sources; and 

41 Includes non-biogenic municipal waste, liquid hydrogen, methanol, and some domestic inputs to refineries. 
5/ Includes imports of finished petroleum products, unfinished oils, alcohols, ethers, blending components, and renewable fuels such as ethanol. 
6/ Includes coal, coal coke (net), and electricity (net). 
7/ Includes crude oil and petroleum products. 
8/ Balancing item. Includes unaccounted for supply, losses, gains, and net storage withdrawals. 
9/ Includes petroleum-derived fuels and non-petroleum-derived fuels, such as ethanol and biodiesel, and coal-based synthetic liquids. Petroleum 

coke, which is a solid, is included, Also included are natural gas plant liquids and crude oil consumed as a fuel. Refer to Table 17 for detailed 
renewable liquid fuels consumption. 

101 Excludes coal converted to coal-based synthetic liquids. 
111 Includes grid-connected electricity from wood and wood waste, non-electric energy from wood, and biofuels heat and coproducts used in the 

121 Includes non-biogenic municipal waste, liquid hydrogen, and net electricity imports. 
13/ Weighted average price delivered to US. refiners. 
141 Represents lower 48 onshore and offshore supplies. 
15/ Includes reported prices for both open market and captive mines. 
16/ Prices weighted by consumption; weighted average excludes residential and commercial prices, and export free-alongside-ship (f.a.s.) prices. 
Btu = British thermal unit. 

production of liquid fuels, but excludes the energy content of the liquid fuels. 

. .  
142 
143 are model results and may differ slightly from official EIA data reports. 
144 

146 2009 natural gas supply values and natural gas wellhead price: EIA, Natural Gas Monthly, 
147 DOE/EIA-O130(2010/07) (Washington, DC, July 2010). 
148 ' 2008 natural gas wellhead price: Minerals Management Service and EIA, Natural Gas Annual 2008, DOE/EIA-0131(2008) (Washington, DC, March 2010). 
149 2008 and 2009 coal minemouth and delivered coal prices: EIA, 

151 2009 petroleum supply values and 2008 crude oil and lease condensate production: EIA, 
152 Petroleum Supply Annual 2009, DOEIEIA-0340(2009)/1 (Washington, DC, July 2010). 
153 Other 2008 petroleum supply values: EIA, Petroleum Supply Annual 2008, DOffEIA-0340(2008)/1 (Washington, DC, June 2009). 
154 2008 and 2009 low sulfur light crude oil price: EIA, Form EIA-856, "Monthly Foreign Crude Oil Acquisition 
155 Report." Other 2008 and 2009 coal values: EIA, Quarterly Coal Report, October-December 2009, DOE/EIA-O121(2009/4Q) (Washington, DC, April 2010). 
156 Other 2008 and 2009 values: EIA, Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 2010). 

158 
159 
160 
161 
162 
163 
164 

Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 natural gas supply values: US. Energy Information Administration (EIA), Natural Gas Annual 
145 - 2008, DOE/ElA-O131(2008) (Washington, DC, March 2010). 

- 150 Annual Coal Report 2009, DOE/ElA-0584(2009) (Washington, DC, October 2010). 

- 
157 Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dl00611 a. 
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120 
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2028 2029 2030 2031 2032 2033 2034 2035 2022 2023 2024 2025 2026 2027 

121 
122 
123 
124 
125 
126 
7 27 
128 
129 
130 
7 31 
132 
133 
134 
135 
136 
737 
138 
139 
140 
141 
142 
143 
144 
145 
146 
141 
148 
149 
150 
151 
152 
155 
154 m 
156 
151 
158 
159 
160 
I61 
162 
163 
164 

- - 
- 
- 
- - 
- - 
- 
- 
- 
- 
- 
- 
- - 

- - 

- 

- 
- 

- 
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I cesbingbk.dlOO611 a 

~ 

H I I J K I L M I N 0 P 
2008 2009 

2. Energy Consumption by Sector and Source 
(quadrillion Btu, unless otherwise noted) 

Sector and Source 

Residential 
Liquefied Petroleum Gases 
Kerosene 
Distillate Fuel Oil 

Natural Gas 
Coal 
Renewable Energy I/  
Electricity 
Delivered Energy 

Electricity Related Losses 
Total 

Liquid Fuels Subtotal 

Commercial 
Liquefied Petroleum Gases 
Motor Gasoline 2/ 
Kerosene 
Distillate Fuel Oil 
Residual Fuel Oil 

Natural Gas 
Coal 
Renewable Energy 3/ 

Liquid Fuels Subtotal 

2008 

0.52 
0.02 
0.66 
1.20 
5.00 
0.01 
0.44 
4.71 
11.36 
10.17 
21.53 

0.15 
0.05 
0.00 
0.37 
0.07 
0.64 
3.22 
0.07 
0.1 1 

2009 

0.53 
0.03 
0.61 
1 .I6 
4.87 
0.01 
0.43 
4.65 
11.12 
9.95 
21.07 

0.15 
0.05 
0.01 
0.34 
0.06 
0.60 
3.20 
0.06 
0.1 1 

201 0 

201 0 

0.52 
0.02 
0.60 
1.15 
4.90 
0.01 
0.42 
4.97 
11.44 
10.62 
22.06 

0.15 
0.04 
0.00 
0.32 
0.04 
0.56 
3.18 
0.06 
0.1 1 

201 1 

201 1 

0.51 
0.02 
0.62 
1.16 
4.89 
0.01 
0.42 
4.63 
11.10 
9.85 
20.95 

0.14 
0.04 
0.01 
0.30 
0.06 
0.55 
3.31 
0.06 
0.1 1 

201 2 

201 2 

0.50 
0.02 
0.59 
1.12 
4.91 
0.01 
0.41 
4.67 
11.12 
9.87 
20.99 

0.15 
0.04 
0.01 
0.29 
0.07 
0.56 
3.34 
0.06 
0.1 1 

201 3 

201 3 

0.50 
0.02 
0.58 
1.10 
4.94 
0.01 
0.40 
4.62 
11.07 
9.66 
20.72 

0.15 
0.04 
0.01 
0.29 
0.06 
0.55 
3.39 
0.06 
0.1 1 

2014 

201 4 

0.49 
0.02 
0.57 
1.08 
4.96 
0.01 
0.40 
4.61 
11.06 
9.60 
20.66 

0.15 
0.05 
0.01 
0.29 
0.06 
0.55 
3.45 
0.06 
0.1 1 

201 5 

201 5 

0.49 
0.02 
0.56 
1.07 
4.92 
0.01 
0.40 
4.60 
11.01 
9.27 
20.28 

0.15 
0.05 
0.01 
0.28 
0.06 
0.55 
3.44 
0.06 
0.1 1 

201 6 

201 6 

0.49 
0.02 
0.55 
1.05 
4.91 
0.01 
0.41 
4.63 
11.00 
9.34 
20.34 

0.15 
0.05 
0.01 
0.28 
0.06 
0.54 
3.42 
0.06 
0.1 1 
4.91 

201 7 

201 7 

0.48 
0.02 
0.53 
1.04 
4.88 
0.01 
0.41 
4.64 
10.98 
9.36 
20.33 

0.15 
0.05 
0.01 
0.28 
0.06 
0.54 
3.43 
0.06 
0.1 1 
4.98 

201 8 

201 8 

0.48 
0.02 
0.52 
1.02 
4.89 
0.01 
0.41 
4.67 

11 .oo 
9.38 
20.38 

0.1 5 
0.05 
0.01 
0.27 
0.06 
0.54 
3.45 
0.06 
0.1 I 
5.06 

201 9 

201 9 

0.48 
0.02 
0.51 
I .01 
4.90 
0.01 
0.42 
4.71 
11.04 
9.41 
20.45 

0.15 
0.05 
0.01 
0.27 
0.06 
0.54 
3.48 
0.06 
0.1 1 
5.1 3 

2020 

2020 

0.48 
0.02 
0.50 
1 .oo 
4.91 
0.01 
0.42 
4.74 
11.08 
9.45 
20.53 

0.15 
0.05 
0.01 
0.27 
0.06 
0.54 
3.49 
0.06 
0.1 1 
5.20 

2021 

2021 

0.4E 
0.0; 
0.4E 
0.9E 
4.9c 
0.01 
0.42 
4.77 

11 .OE 
9.4: 
20.52 

0.1: 
0.0: 
0.01 
0.2E 
O.OE 
0.5: 
3.5c 
O.OE 
0.1 1 
5.2E I 203 I Electricity 4.56 4.51 4.60 4.63 4.67 4.72 4.78 4.85 

Page 9 



2022 

2022 

0.48 
0.02 
0.47 
0.97 
4.90 
0.01 
0.42 
4.81 

11.11 
9.45 
20.56 

0.15 
0.05 
0.01 
0.26 
0.06 
0.53 
3.51 
0.06 
0.1 1 

2023 

2023 

0.48 
0.02 
0.46 
0.96 
4.91 
0.01 
0.42 
4.85 
11.14 
9.47 
20.62 

0.15 
0.05 
0.01 
0.26 
0.06 
0.53 
3.53 
0.06 
0.1 1 

2024 

2024 

0.48 
0.02 
0.45 
0.95 
4.92 
0.01 
0.42 
4.90 
11.20 
9.52 
20.72 

0.15 
0.05 
0.01 
0.26 
0.07 
0.53 
3.54 
0.06 
0.1 1 

2025 2026 

2025 2026 

0.48 0.48 
0.02 0.02 
0.44 0.43 
0.94 0.93 
4.91 4.92 
0.01 0.01 
0.42 0.42 
4.93 4.97 
11.21 11.24 
9.55 9.61 
20.76 20.85 

0.15 0.1 5 
0.05 0.05 
0.01 0.01 
0.26 0.25 
0.07 0.07 
0.53 0.53 
3.56 3.59 
0.06 0.06 
0.1 1 0.1 1 

2027 

2027 

0.48 
0.02 
0.43 
0.92 
4.92 
0.01 
0.42 
5.01 
11.27 
9.66 
20.93 

0.1 5 
0.05 
0.01 
0.25 
0.07 
0.53 
3.61 
0.06 
0.1 1 
5.67 

2028 

2028 

0.48 
0.02 
0.42 
0.91 
4.93 
0.01 
0.43 
5.05 
11.33 
9.74 
21.07 

0.15 
0.05 
0.01 
0.25 
0.07 
0.53 
3.64 
0.06 
0.1 1 
5.74 

2029 

2029 

0.48 
0.02 
0.41 
0.90 
4.92 
0.01 
0.42 
5.08 
11.33 
9.80 
21.1 3 

0.1 5 
0.05 
0.01 
0.25 
0.07 
0.53 
3.67 
0.06 
0.1 1 
5.80 

2030 2031 

2030 2031 

0.48 0.48 
0.02 0.02 
0.40 0.40 
0.90 0.89 
4.92 4.91 
0.01 0.01 
0.42 0.42 
5.12 5.1 6 
11.36 11.38 

9.86 9.84 
21.22 21.23 

0.15 0.1 6 
0.05 0.05 
0.01 0.01 
0.25 0.25 
0.07 0.07 
0.53 0.53 
3.71 3.74 
0.06 0.06 
0.1 I 0.1 I 
5.87 5.94 

2032 

2032 

0.48 
0.02 
0.39 
0.89 
4.91 
0.01 
0.42 
5.20 
11.43 

9.87 
21.29 

0.1 6 
0.05 
0.01 
0.25 
0.07 
0.53 
3.78 
0.06 
0.1 1 
6.01 

2033 

2033 

0.48 
0.02 
0.38 
0.88 
4.88 
0.01 
0.42 
5.21 
11.40 
9.81 
21.21 

0.1 6 
0.05 
0.01 
0.25 
0.07 
0.53 
3.81 
0.06 
0.1 I 
6.06 

2034 

2034 

0.48 
0.02 
0.38 
0.87 
4.86 
0.01 
0.42 
5.23 
11.39 
9.79 
21.18 

0.1 6 
0.05 
0.01 
0.25 
0.07 
0.53 
3.83 
0.06 
0.1 1 
6.1 1 

2035 

2035 

0.48 
0.02 
0.37 
0.87 
4.85 
0.01 
0.42 
5.25 
11.40 
9.73 
21.12 

0.1 6 
0.05 
0.01 
0.25 
0.07 
0.53 
3.87 
0.06 
0.1 1 
6.14 

2009. 
2035 

-0.4% 
-1.5% 
-1.9% 
-1.1% 
0.0% 

-1.1% 
-0.1% 
0.5% 
0.1 % 

-0.1% 
0.0% 

0.2% 
0.2% 
2.8% 

-1.2% 
0.3% 

-0.5% 
0.7% 
0.0% 
0.0% 
1.2% 
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B I C D I E I F G 

v 

Delivered Energy 
205 Electricity Related Losses 

~ Total 

H I I J I K I L I M N I 0 P 

Industrial 4/ 
Liquefied Petroleum Gases 
Motor Gasoline 2/ 
Distillate Fuel Oil 
Residual Fuel Oil 
Petrochemical Feedstocks 
Other Petroleum 5/ 

Natural Gas 
Natural-Gas-to-Liquids Heat and Power 
Lease and Plant Fuel 6/ 
Natural Gas Subtotal 

Metallurgical Coal 
Other Industrial Coal 
Coal-to-Liquids Heat and Power 
Net Coal Coke Imports 

Biofuels Heat and Coproducts 
Renewable Energy 7/ 
Electricity 
Delivered Energy 

Electricity Related Losses 
Total 

Liquid Fuels Subtotal 

Coal Subtotal 

12421 Pipiline Fuel Natural Gas 

Transportation 
Liquefied Petroleum Gases 
E85 8/ 
Motor Gasoline 2/ 
Jet Fuel 9/ 
Distillate Fuel Oil 1 O/ 
Residual Fuel Oil 
Other Petroleum 1 I /  

Liauid Fuels Subtotal 
I 

2008 
8.60 
9.85 
18.44 

2.08 
0.25 
1.27 
0.20 
1.12 
3.98 
8.91 
6.83 
0.00 
1.26 
8.09 
0.58 
1.16 
0.00 
0.04 
1.78 
0.98 
1.52 
3.44 
24.72 
7.44 
32.1 6 

0.02 
0.00 

16.87 
3.21 
6.04 
0.92 
0.1 7 

27.24 

2009 
8.49 
9.66 
18.1 5 

2.01 
0.25 
1.16 
0.17 
0.90 
3.45 
7.94 
6.32 
0.00 
1 .I9 
7.51 
0.40 
0.94 
0.00 

-0.02 
1.32 
0.67 
1.42 
3.01 
21.87 

6.44 
28.32 

0.02 
0.00 

16.82 
3.20 
5.54 
0.78 
0.16 

26.52 

201 0 
8.51 
9.85 
18.35 

2.13 
0.25 
1.19 
0.18 
0.97 
3.39 
8.1 1 
6.73 
0.00 
1.31 
8.04 
0.54 
0.96 
0.00 
0.02 
1.52 
0.74 
1.49 
3.20 
23.1 0 

6.84 
29.94 

0.02 
0.00 

16.88 
3.14 
5.69 
0.80 
0.1 6 

26.70 
0.67 0.65 0.67 

201 1 
8.66 
9.84 
18.49 

2.20 
0.27 
1.19 
0.18 
I .06 
3.44 
8.34 
7.13 
0.00 
1.29 
8.42 
0.56 
0.96 
0.00 
0.01 
1.54 
0.94 
1.62 
3.32 
24.1 8 
7.07 
31.25 

0.02 
0.00 

16.88 
3.1 4 
5.93 
0.80 
0.15 

26.92 
0.65 

201 2 
8.74 
9.87 
18.61 

2.26 
0.29 
1.22 
0.17 
1.10 
3.87 
8.92 
7.38 
0.00 
1.25 
8.63 
0.56 
0.97 
0.00 
0.01 
1.54 
0.81 
1.74 
3.41 
25.05 
7.20 
32.25 

0.02 
0.01 

16.96 
3.14 
6.15 
0.79 
0.15 

27.21 
0.64 

201 3 
8.83 
9.87 
18.70 

2.32 
0.31 
1.24 
0.17 
1.18 
3.95 
9.1 6 
7.83 
0.00 
1.23 
9.06 
0.59 
0.99 
0.00 
0.01 
1.59 
0.83 
1.88 
3.56 
26.09 
7.45 
33.54 

0.02 
0.01 

17.03 
3.15 
6.44 
0.79 
0.15 

27.58 
0.64 

201 4 
8.95 
9.96 
18.91 

2.36 
0.32 
1.20 
0.17 
I .24 
3.96 
9.24 
8.03 
0.00 
1.21 
9.23 
0.58 
0.98 
0.00 
0.01 
1.57 
0.84 
1.81 
3.55 
26.25 
7.39 
33.64 

0.02 
0.01 

17.03 
3.17 
6.49 
0.79 
0.15 

27.67 
0.65 

201 5 
9.00 
9.76 
18.76 

2.34 
0.33 
1.15 
0.18 
1.27 
4.05 
9.33 
7.98 
0.00 
1.28 
9.26 
0.57 
0.97 
0.09 
0.00 
1.65 
0.85 
1.87 
3.54 
26.49 
7.14 
33.63 

0.01 
0.01 

17.01 
3.20 
6.51 
0.80 
0.16 

27.69 
0.70 

201 6 
9.05 
9.91 
18.97 

2.32 
0.33 
1.16 
0.17 
1.26 
4.01 
9.25 
7.95 
0.00 
1.25 
9.20 
0.56 
0.97 
0.10 
0.00 
1.64 
0.86 
1.87 
3.52 
26.33 
7.1 0 
33.43 

0.01 
0.01 

16.98 
3.23 
6.57 
0.80 
0.16 

27.76 
0.68 

201 7 
9.1 3 

10.04 
19.17 

2.30 
0.33 
1.16 
0.17 
1.26 
3.97 
9.20 
7.98 
0.00 
1.25 
9.23 
0.56 
0.97 
0.1 1 
0.00 
1.64 
0.91 
1.91 
3.52 
26.42 
7.1 1 
33.53 

0.01 
0.10 

16.85 
3.26 
6.66 
0.80 
0.1 6 

27.83 
0.67 

201 8 
9.22 

10.14 
19.36 

2.30 
0.33 
1.16 
0.1 7 
I .26 
3.94 
9.17 
7.99 
0.00 
1.26 
9.25 
0.56 
0.97 
0.1 1 
0.00 
1.64 
0.97 
1.93 
3.53 
26.49 

7.08 
33.57 

0.01 
0.18 

16.71 
3.29 
6.76 
0.80 
0.1 6 

27.90 
0.68 

201 9 
9.32 

10.24 
19.56 

2.29 
0.33 
1.16 
0.1 7 
1.26 
3.92 
9.14 
8.02 
0.00 
1.27 
9.29 
0.56 
0.97 
0.1 1 
0.00 
1.64 
1.06 
1.94 
3.53 
26.62 
7.06 
33.67 

0.01 
0.24 

16.60 
3.31 
6.84 
0.80 
0.1 6 

27.96 
0.68 

2020 
9.39 

10.35 
19.74 

2.30 
0.33 
1.16 
0.17 
1.27 
3.89 
9.12 
8.04 
0.00 
1.28 
9.32 
0.56 
0.97 
0.12 
0.00 
1.65 
1.18 
1.97 
3.54 
26.79 
7.06 
33.84 

0.01 
0.31 

16.48 
3.34 
6.93 
0.80 
0.16 

28.04 
0.69 

2021 
9.47 

10.41 
19.88 

2.30 
0.33 
1.16 
0.17 
1.27 
3.89 
9.1 2 
8.02 
0.00 
1.28 
9.30 
0.56 
0.97 
0.1 3 
0.00 
1.66 
I .27 
1.99 
3.54 
26.88 

7.00 
33.88 

0.02 
0.21 

16.58 
3.37 
7.00 
0.80 
0.1 6 

28.1 3 
0.68 



Q 
2022 
9.54 

10.46 
20.01 

2.30 
0.33 
1.16 
0.1 7 
1.28 
3.88 
9.12 
7.96 
0.00 
1.29 
9.25 
0.56 
0.97 
0.16 
0.00 
1.69 
1.37 
2.01 
3.53 

26.97 
6.93 

33.90 

0.02 
0.41 

16.36 
3.40 
7.08 
0.81 
0.1 6 

28.23 

R I S T I U v I W I X I Y I Z I AA I AB 1 AC I AD I A€ 
2023 
9.62 

10.54 
20.1 6 

2.30 
0.33 
1.16 
0.17 
1.28 
3.86 
9.1 0 
7.96 
0.00 
1.29 
9.25 
0.55 
0.97 
0.26 
0.00 
1.78 
1.54 
2.02 
3.51 

27.20 
6.86 

34.05 

0.02 
0.59 

16.1 7 
3.42 
7.15 
0.81 
0.1 6 

28.32 

2024 
9.71 

10.61 
20.32 

2.30 
0.33 
1.15 
0.1 7 
1.28 
3.85 
9.08 
7.95 
0.00 
1.29 
9.24 
0.54 
0.96 
0.31 
0.00 
1.82 
1.73 
2.02 
3.49 

27.38 
6.78 

34.1 6 

0.02 
0.81 

15.96 
3.45 
7.23 
0.81 
0.1 6 

28.43 

2025 
9.80 

10.72 
20.52 

2.29 
0.33 
1.15 
0.1 7 
1.28 
3.84 
9.06 
7.96 
0.00 
1.28 
9.24 
0.53 
0.96 
0.37 
0.00 
1.86 
1.88 
2.04 
3.47 

27.54 
6.72 

34.26 

0.02 
0.93 

15.89 
3.47 
7.31 
0.81 
0.1 6 

28.59 

2026 
9.89 

10.84 
20.73 

2.27 
0.33 
1.15 
0.1 7 
I .27 
3.82 
9.01 
7.97 
0.00 
1.29 
9.25 
0.52 
0.96 
0.42 
0.00 
1.91 
1.99 
2.04 
3.43 

27.63 
6.63 

34.26 

0.02 
1.07 

15.75 
3.49 
7.39 
0.81 
0.1 6 

28.69 

2027 
9.98 

10.95 
20.93 

2.25 
0.33 
1.15 
0.1 6 
1.26 
3.82 
8.97 
7.98 
0.00 
I .29 
9.27 
0.51 
0.96 
0.49 
0.00 
1.96 
2.09 
2.04 
3.38 

27.71 
6.53 

34.24 

0.02 
0.97 

15.95 
3.51 
7.46 
0.81 
0.1 6 

28.89 

2028 
10.08 
11.06 
21 .I 4 

2.23 
0.33 
1 .I4 
0.16 
1.26 
3.79 
8.91 
8.04 
0.00 
I .30 
9.34 
0.51 
0.96 
0.56 
0.00 
2.02 
2.23 
2.03 
3.33 

27.86 
6.42 

34.28 

0.02 
1.28 

15.68 
3.53 
7.53 
0.81 
0.1 6 

29.00 

2029 
10.1 8 
11.20 
21.38 

2.21 
0.33 
1.13 
0.1 6 
1.25 
3.79 
8.88 
8.08 
0.00 
1.30 
9.37 
0.50 
0.95 
0.63 
0.00 
2.08 
2.26 
2.04 
3.28 

27.91 
6.33 

34.24 

0.02 
1.16 

15.90 
3.54 
7.60 
0.81 
0.1 6 

29.20 

2030 
10.28 
11.31 
21.59 

2.20 
0.32 
1.13 
0.1 6 
1.25 
3.80 
8.87 
8.15 
0.00 
1.31 
9.46 
0.49 
0.95 
0.71 
0.00 
2.15 
2.30 
2.04 
3.24 

28.05 
6.23 

34.28 

0.02 
1.10 

16.11 
3.56 
7.69 
0.82 
0.1 6 

29.47 

2031 
10.39 
11.34 
21.73 

2.1 9 
0.32 
1.13 
0.1 6 
1.24 
3.83 
8.87 
8.1 9 
0.00 
1.33 
9.52 
0.48 
0.95 
0.79 
0.00 
2.22 
2.34 
2.03 
3.1 9 

28.1 7 
6.09 

34.25 

0.02 
1.13 

16.22 
3.57 
7.78 
0.82 
0.1 6 

29.71 

2032 
10.49 
11.41 
21.89 

2.1 7 
0.32 
1.12 
0.1 6 
1.24 
3.82 
8.83 
8.22 
0.00 
1.35 
9.57 
0.47 
0.94 
0.87 
0.00 
2.29 
2.36 
2.02 
3.1 4 

28.21 
5.95 

34.1 6 

0.02 
1.15 

16.34 
3.59 
7.86 
0.82 
0.1 6 

29.93 

2033 
10.57 
11.42 
21.99 

2.1 5 
0.32 
1.12 
0.1 6 
1.23 
3.83 
8.81 
8.25 
0.00 
1.37 
9.63 
0.47 
0.94 
0.96 
0.00 
2.36 
2.46 
2.02 
3.09 

28.37 
5.82 

34.20 

0.02 
1.13 

16.48 
3.60 
7.94 
0.82 
0.1 6 

30.1 5 

2034 
10.64 
11.43 
22.07 

2.13 
0.32 
1.12 
0.1 6 
1.22 
3.86 
8.80 
8.24 
0.00 
1.40 
9.64 
0.46 
0.93 
1.05 
0.00 
2.43 
2.50 
2.02 
3.05 

28.44 
5.71 

34.1 5 

0.02 
1 .I3 

16.60 
3.61 
8.05 
0.82 
0.1 6 

30.40 

2035 
10.72 
11.39 
22.1 0 

2.1 0 
0.32 
1.12 
0.1 6 
1.21 
3.87 
8.78 
8.24 
0.00 
I .46 
9.69 
0.45 
0.93 
1.13 

-0.01 
2.50 
2.51 
2.01 
3.01 

28.50 
5.57 

34.07 

0.02 
1.13 

16.74 
3.62 
8.14 
0.82 
0.1 6 

30.63 

0.9% 
0.6% 
0.8% 

0.2% 
1 .O% 

-0.1% 

I .2% 
-0.3% 

0.4% 
0.4% 
1 .O% 

0.8% 
1 .O% 

-0.1 Yo 

-5.3% 
2.5% 
5.2% 
1.3% 

- -  

0.4% 

- -  

0.0% 
1 .O% 

-0.6% 
0.7% 

0.4% 
25.9% 

0.0% 

1.5% 
0.2% 
0.1 Yo 
0.6% 

0.5% 

242 0.69 0.69 0.69 0.68 0.68 0.69 0.69 0.69 0.69 0.70 0.71 0.72 0.73 0.78 0.7%1 
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cesbinabk.dlOO611 a 2008 

Delivered Energy 
247 Electricity Related Losses ~1 Total 
249 

281 I Distillate Fuel Oil 0.1 1 0.10 0.1 0 0.10 0.10 0.09 0.09 0.09 0.09 0.09 0.091 

J 

243 
244 
245 

0.03 
0.00 
0.02 
27.95 
0.05 
28.00 

Y 

Compressed Natural Gas 
Liquid Hydrogen 
Electricitv 

2.77 
0.00 

17.1 7 
3.21 
0.03 
8.34 
1.19 
1.12 
4.15 

37.99 
15.07 
0.00 
1.26 
0.67 

17.00 
0.58 
I .24 
0.00 
0.04 
1.86 
0.98 
2.07 
0.00 

12.73 
72.63 
27.51 
100.14 

250 
251 
252 

2009 
0.03 
0.00 
0.02 
27.23 
0.05 
27.28 

2.71 
0.00 

17.11 
3.20 
0.04 
7.65 
1.02 
0.90 
3.60 

36.23 
14.42 
0.00 
1 .I9 
0.65 

16.26 
0.40 
1.01 
0.00 

-0.02 
1.39 
0.67 
1.96 
0.00 

12.20 
68.70 
26.1 1 
94.81 

Delivered Energy Consumption, All Sectors 
Liquefied Petroleum Gases 
E8581 

201 0 
0.03 
0.00 
0.02 
27.42 
0.05 
27.47 

2.82 
0.00 

17.17 
3.14 
0.03 
7.80 
1.02 
0.97 
3.54 

36.51 
14.84 
0.00 
1.31 
0.67 

16.82 
0.54 
1.02 
0.00 
0.02 
1.59 
0.74 
2.02 
0.00 

12.79 
70.46 
27.36 
97.82 

201 1 
0.03 
0.00 
0.02 
27.62 

0.05 
27.67 

2.88 
0.00 

17.19 
3.14 
0.03 
8.04 
1.03 
1.06 
3.59 

36.97 
15.35 
0.00 
1.29 
0.65 

17.30 
0.56 
1.03 
0.00 
0.01 
I .60 
0.94 
2.15 
0.00 

12.61 
71.56 
26.80 
98.36 

201 2 
0.03 
0.00 
0.02 
27.91 
0.05 
27.96 

2.93 
0.01 

17.29 
3.14 
0.03 
8.25 
1.03 
1.10 
4.02 

37.81 
15.66 
0.00 
1.25 
0.64 

17.55 
0.56 
I .04 
0.00 
0.01 
1.61 
0.81 
2.26 
0.00 

12.78 
72.82 
27.00 
99.82 

201 3 
0.04 
0.00 
0.03 
28.29 
0.05 
28.34 

2.99 
0.01 

17.38 
3.15 
0.03 
8.54 
1.03 
1.18 
4.1 0 

38.40 
16.19 
0.00 
1.23 
0.64 

18.06 
0.59 
1.06 
0.00 
0.01 
1.66 
0.83 
2.39 
0.00 

12.93 
74.27 
27.04 
101.31 

201 4 
0.04 
0.00 
0.03 
28.38 
0.06 
28.44 

3.01 
0.01 

17.39 
3.17 
0.03 
8.54 
1.02 
1.24 
4.1 1 

38.54 
16.47 
0.00 
1.21 
0.65 

18.33 
0.58 
1.05 
0.00 
0.01 
1.64 
0.84 
2.32 
0.00 

12.97 
74.65 
27.00 
101.65 

201 5 
0.04 
0.00 
0.03 
28.45 

0.06 
28.51 

2.99 
0.01 

17.38 
3.20 
0.03 
8.50 
1.04 
1.27 
4.20 

38.63 
16.39 
0.00 
1.28 
0.70 

18.36 
0.57 
1.04 
0.09 
0.00 
1.71 
0.85 
2.38 
0.00 

13.02 
74.95 
26.23 
101.18 

201 6 
0.05 
0.00 
0.03 
28.51 
0.06 
28.57 

2.97 
0.01 

17.36 
3.23 
0.03 
8.56 
1.03 
1.26 
4.1 6 

38.61 
16.33 
0.00 
1.25 
0.68 

18.26 
0.56 
1.04 
0.1 0 
0.00 
1.71 
0.86 
2.39 
0.00 

13.08 
74.90 
26.40 
101.30 

201 7 
0.05 
0.00 
0.03 
28.59 
0.06 
28.65 

2.95 
0.1 0 

17.23 
3.26 
0.03 
8.63 
1.03 
1.26 
4.1 2 

38.61 
16.34 
0.00 
1.25 
0.67 

18.27 
0.56 
1.04 
0.1 1 
0.00 
1.71 
0.91 
2.43 
0.00 

13.1 8 
75.1 1 
26.57 
101.68 

201 8 
0.05 
0.00 
0.03 
28.66 

0.06 
28.72 

2.94 
0.1 8 

17.08 
3.29 
0.03 
8.70 
I .04 
1.26 
4.1 0 

38.62 
16.39 
0.00 
1.26 
0.68 

18.33 
0.56 
1.04 
0.1 1 
0.00 
1.71 
0.97 
2.46 
0.00 

13.29 
75.37 
26.67 
102.04 

201 9 
0.06 
0.00 
0.03 
28.74 

0.07 
28.80 

2.94 
0.24 

16.97 
3.31 
0.03 
8.77 
1.04 
1.26 
4.07 

38.64 
16.45 
0.00 
I .27 
0.68 

18.41 
0.56 
1.04 
0.1 I 
0.00 
1.71 
1.06 
2.47 
0.00 

13.41 
75.70 
26.78 
102.48 

2020 
0.06 
0.00 
0.04 
28.83 

0.07 
28.90 

2.94 
0.31 

16.86 
3.34 
0.03 
8.86 
1.04 
1.27 
4.04 

38.69 
16.50 
0.00 
1.28 
0.69 

18.47 
0.56 
1.04 
0.12 
0.00 
1.72 
1.18 
2.49 
0.00 

13.52 
76.08 
26.93 
103.01 

2021 
0.07 
0.00 
0.04 
28.93 

0.07 
29.00 

2.94 
0.21 

16.96 
3.37 
0.03 
8.91 
1.04 
1.27 
4.04 

38.77 
16.48 
0.00 
1.28 
0.68 

18.45 
0.56 
1.04 
0.1 3 
0.00 
1.73 
1.27 
2.52 
0.00 

13.61 
76.35 
26.94 
103.28 

0.1 1 0.10 0.10 



Q R S T U v W X Y z 
2022 
0.08 
0.00 
0.04 
29.04 

0.08 
29.1 1 

2.95 
0.41 

16.74 
3.40 
0.03 
8.98 
1.04 
1.28 
4.04 

38.86 
16.45 
0.00 
1.29 
0.69 

18.43 
0.56 
1.04 
0.1 6 
0.00 
1.76 
1.37 
2.54 
0.00 

13.71 
76.66 
26.92 
103.59 

AA I AB I AC I AD I A€  
2023 
0.08 
0.00 
0.04 
29.1 3 

0.08 
29.21 

2.95 
0.59 

16.55 
3.42 
0.03 
9.03 
1.04 
1.28 
4.01 

38.91 
16.47 
0.00 
1.29 
0.69 

18.45 
0.55 
1.03 
0.26 
0.00 
1.84 
1.54 
2.55 
0.00 

13.80 
77.1 0 
26.95 
104.04 

28 1 0.09 0.09 0.09 0.08 0.08 0.08 0.08 0.08 0.08 0.07 0.07 0.07 0.08 0.08 

2024 
0.09 
0.00 
0.04 
29.25 

0.08 
29.34 

2.94 
0.81 

16.34 
3.45 
0.03 
9.09 
1.04 
I .28 
4.01 

39.00 
16.51 
0.00 
1.29 
0.69 

18.48 
0.54 
1.03 
0.31 
0.00 
I .88 
I .73 
2.56 
0.00 

13.89 
77.55 
27.00 
104.54 

I 

2025 
0.1 0 
0.00 
0.05 
29.41 

0.09 
29.50 

2.93 
0.93 

16.27 
3.47 
0.03 
9.17 
1.04 
1.28 
4.00 

39.1 1 
16.53 
0.00 
1.28 
0.68 

18.50 
0.53 
1.03 
0.37 
0.00 
I .93 
1.88 
2.57 
0.00 

13.97 
77.96 
27.08 
105.04 

2026 
0.1 0 
0.00 
0.05 
29.53 

0.09 
29.63 

2.91 
1.07 

16.13 
3.49 
0.03 
9.23 
1.04 
I .27 
3.98 

39.16 
16.57 

0.00 
1.29 
0.68 

18.54 
0.52 
1.03 
0.42 
0.00 
1.97 
1.99 
2.57 
0.00 

14.04 
78.29 
27.17 
105.46 

2027 
0.1 1 
0.00 
0.05 
29.74 

0.1 0 
29.84 

2.89 
0.97 

16.33 
3.51 
0.03 
9.29 
1.04 
1.26 
3.97 

39.30 
16.61 
0.00 
I .29 
0.69 

18.59 
0.51 
1.03 
0.49 
0.00 
2.03 
2.09 
2.58 
0.00 

14.1 1 
78.71 
27.23 
105.94 

2028 
0.1 2 
0.00 
0.05 
29.86 

0.10 
29.97 

2.88 
1.28 

16.05 
3.53 
0.03 
9.34 
1.04 
1.26 
3.95 

39.35 
16.72 
0.00 
1.30 
0.69 

18.71 
0.51 
1.02 
0.56 
0.00 
2.09 
2.23 
2.57 
0.00 

14.18 
79.1 3 
27.33 
106.46 

2029 
0.1 2 
0.00 
0.06 
30.07 
0.1 1 
30.1 8 

2.86 
1.16 

16.28 
3.54 
0.03 
9.39 
1.04 
1.25 
3.95 

39.51 
16.79 
0.00 
1.30 
0.69 

18.78 
0.50 
1.02 
0.63 
0.00 
2.1 5 
2.26 
2.57 
0.00 

14.22 
79.49 
27.44 
106.93 

2030 
0.13 
0.00 
0.06 
30.35 
0.1 1 
30.47 

2.85 
1.10 

16.49 
3.56 
0.03 
9.47 
1.04 
1.25 
3.96 

39.76 
16.91 
0.00 
1.31 
0.69 

18.91 
0.49 
1.02 
0.71 
0.00 
2.22 
2.30 
2.57 
0.00 

14.28 
80.05 
27.51 
107.56 

2031 
0.14 
0.00 
0.06 
30.62 
0.1 2 
30.73 

2.84 
1.13 

16.59 
3.57 
0.03 
9.55 
1.04 
1.24 
3.98 

40.00 
16.98 
0.00 
1.33 
0.70 

19.02 
0.48 
1.01 
0.79 
0.00 
2.29 
2.34 
2.57 
0.00 

14.35 
80.56 
27.39 
107.95 

2032 
0.14 
0.00 
0.06 
30.85 
0.12 
30.97 

2.82 
1.15 

16.71 
3.59 
0.03 
9.62 
1.04 
1.24 
3.98 

40.1 8 
17.05 
0.00 
1.35 
0.71 

19.1 I 
0.47 
1.01 
0.87 
0.00 
2.35 
2.36 
2.56 
0.00 

14.41 
80.98 
27.35 
108.33 

2033 
0.1 5 
0.00 
0.07 
31.09 

0.13 
31.22 

2.81 
1.13 

16.85 
3.60 
0.03 
9.69 
1.05 
1.23 
3.99 

40.37 
17.08 
0.00 
1.37 
0.72 

19.1 8 
0.47 
1 .oo 
0.96 
0.00 
2.43 
2.46 
2.56 
0.00 

14.44 
81.43 
27.1 8 
108.61 

2034 
0.15 
0.00 
0.07 
31.35 

0.1 3 
31.49 

2.78 
1.13 

16.97 
3.61 
0.03 
9.79 
1.05 
I .22 
4.01 

40.60 
17.09 
0.00 
1.40 
0.73 

19.22 
0.46 
1 .oo 
1.05 
0.00 
2.50 
2.50 
2.55 
0.00 

14.46 
81.83 
27.06 
108.89 

2035 
0.1 6 
0.00 
0.07 
31.65 
0.1 4 
31.78 

2.76 
1.13 

17.1 1 
3.62 
0.03 
9.87 
1.05 
1.21 
4.03 

40.81 
17.12 
0.00 
1.46 
0.78 

19.35 
0.45 
0.99 
1.13 

-0.01 
2.57 
2.51 
2.55 
0.00 

14.48 
82.26 
26.82 
109.08 

7.2% - -  
4.5% 
0.6% 

0.6% 
4.0% 

0.1 Yo 
25.9% 

0.0% 
0.5% 

-0.4% 
1 .O% 
0.1% 
1.2% 
0.4% 
0.5% 
0.7% - -  
0.8% 
0.7% 
0.7% 
0.4% 

-0.1 Yo 

-5.3% 
2.4% 
5.2% 
1 .O% 

0.7% 
0.7% 
0.1% 
0.5% 

- -  

- -  

-0.6% 



3 E E  
201 8 
0.35 
0.44 
8.54 

14.91 
8.50 
7.27 
0.10 
39.96 

N I 0 P I B C I D I E I F I G H I I J K I 
201 9 
0.35 
0.44 
8.78 

14.68 
8.61 
7.37 
0.10 
40.1 8 

2020 
0.35 
0.44 
8.88 

14.98 
8.61 
7.25 
0.09 
40.44 

2021 
0.35 
0.44 
8.88 

14.79 
8.55 
7.58 
0.1 c 
40.55 

201 7 
0.35 
0.44 
8.26 

15.26 
8.40 
7.08 
0.1 1 
39.75 

v 

Residual Fuel Oil 

Natural Gas 
Steam Coal 
Nuclear Power 
Renewable Energy 15/ 
Electricity Imports 

Liquid Fuels Subtotal 

Total 16/ 

0.30 
0.40 
7.06 

18.30 
8.35 
3.89 
0.12 
38.31 

0.34 
0.45 
7.50 

19.64 
8.39 
3.85 
0.12 
40.1 5 

0.34 
0.44 
7.04 

19.02 
8.40 
4.20 
0.1 1 
39.41 

0.34 
0.44 
6.36 

19.12 
8.50 
5.05 
0.1 1 
39.77 

0.34 
0.44 
6.38 

18.87 
8.64 
5.32 
0.1 1 
39.97 

0.34 
0.43 
6.46 

18.54 
8.70 
5.52 
0.1 1 
39.97 

0.35 
0.44 
8.57 

15.13 
8.77 
6.02 
0.1 1 
39.25 

0.35 
0.44 
8.18 

15.66 
8.46 
6.44 
0.1 2 
39.49 

Total Energy Consumption 
Liquefied Petroleum Gases 
E85 8/ 
Motor Gasoline 21 
Jet Fuel 9/ 
Kerosene 
Distillate Fuel Oil 
Residual Fuel Oil 
Petrochemical Feedstocks 
Other Petroleum 12/ 

Natural Gas 
Natural-Gas-to-Liquids Heat and Power 
Lease and Plant Fuel 6/ 
Pipeline Natural Gas 
Natural Gas Subtotal 

Metallurgical Coal 
Other Coal 
Coal-to-Liquids Heat and Power 
Net Coal Coke Imports 
Coal Subtotal 

Nuclear Power 
Biofuels Heat and Coproducts 
Renewable Energy 171 
Liquid Hydrogen 
Electricity Imports 

Liquid Fuels Subtotal 

2.77 
0.00 

17.17 
3.21 
0.03 
8.45 
I .56 
1.12 
4.1 5 

38.46 
21.92 
0.00 
I .26 
0.67 

23.85 
0.58 

21.75 
0.00 
0.04 

22.38 
8.43 
0.98 
5.74 
0.00 
0.1 1 

100.14 

2.71 
0.00 

17.11 
3.20 
0.04 
7.75 
1.32 
0.90 
3.60 

36.62 
21.48 

0.00 
1.19 
0.65 

23.32 
0.40 

19.31 
0.00 

-0.02 
19.69 
8.35 
0.67 
5.85 
0.00 
0.12 
94.81 

2.82 
0.00 

17.17 
3.14 
0.03 
7.91 
1.37 
0.97 
3.54 

36.96 
22.34 

0.00 
1.31 
0.67 

24.32 
0.54 

20.66 
0.00 
0.02 

21.23 
8.39 
0.74 
5.86 
0.00 
0.12 
97.82 

2.88 
0.00 

17.19 
3.14 
0.03 
8.14 
1.38 
1.06 
3.59 

37.41 
22.40 

0.00 
1.29 
0.65 

24.34 
0.56 

20.05 
0.00 
0.01 

20.63 
8.40 
0.94 
6.34 
0.00 
0.1 1 
98.36 

2.93 
0.01 

17.29 
3.14 
0.03 
8.35 
I .38 
1.10 
4.02 

38.25 
22.02 
0.00 
I .25 
0.64 

23.90 
0.56 

20.16 
0.00 
0.01 

20.73 
8.50 
0.81 
7.31 
0.00 
0.1 I 
99.82 

2.99 
0.01 

17.38 
3.15 
0.03 
8.64 
1.37 
1.18 
4.10 

38.84 
22.57 
0.00 
1.23 
0.64 

24.44 
0.59 

19.93 
0.00 
0.01 

20.53 
8.64 
0.83 
7.72 
0.00 
0.1 1 

101 -31 

3.01 
0.01 

17.39 
3.1 7 
0.03 
8.64 
1.36 
1.24 
4.1 1 

38.97 
22.93 
0.00 
I .21 
0.65 

24.79 
0.58 

19.60 
0.00 
0.01 

20.18 
8.70 
0.84 
7.84 
0.00 
0.1 1 

101.65 

2.99 
0.01 

17.38 
3.20 
0.03 
8.60 
1.38 
1.27 
4.20 

39.07 
24.96 

0.00 
1.28 
0.70 

26.93 
0.57 

16.17 
0.09 
0.00 

16.84 
8.77 
0.85 
8.40 
0.00 
0.1 1 

101.18 

2.97 
0.01 

17.36 
3.23 
0.03 
8.65 
1.38 
1.26 
4.1 6 

39.05 
24.50 
0.00 
I .25 
0.68 

26.43 
0.56 

16.70 
0.10 
0.00 

17.37 
8.46 
0.86 
8.83 
0.00 
0.12 

101.30 

2.95 
0.10 

17.23 
3.26 
0.03 
8.72 
1.38 
1.26 
4.12 

39.05 
24.61 

0.00 
1.25 
0.67 

26.53 
0.56 

16.30 
0.1 1 
0.00 

16.97 
8.40 
0.91 
9.51 
0.00 
0.1 1 

101.68 

2.94 
0.1 8 

17.08 
3.29 
0.03 
8.80 
1.38 
1.26 
4.1 0 

39.06 
24.92 

0.00 
1.26 
0.68 

26.86 
0.56 

15.95 
0.1 1 
0.00 

16.62 
8.50 
0.97 
9.72 
0.00 
0.1 0 

102.04 

2.94 
0.24 

16.97 
3.31 
0.03 
8.87 
1.38 
1.26 
4.07 

39.08 
25.24 

0.00 
1.27 
0.68 

27.1 9 
0.56 

15.72 
0.1 1 
0.00 

16.39 
8.61 
1.06 
9.84 
0.00 
0.1 0 

102.48 

2.94 
0.31 

16.86 
3.34 
0.03 
8.95 
1.38 
1.27 
4.04 

39.13 
25.38 

0.00 
1.28 
0.69 

27.35 
0.56 

16.01 
0.12 
0.00 

16.69 
8.61 
1.18 
9.74 
0.00 
0.09 

103.01 

2.94 
0.21 

16.96 
3.37 
0.03 
9.00 
1.39 
1.27 
4.04 

39.21 
25.37 

0.00 
1.28 
0.68 

27.33 
0.56 

15.83 
0.13 
0.00 

16.53 
8.55 
1.27 

10.09 
0.00 
0.1 0 

103.28 

Energy Use & Related Statistics 
Delivered Fnernv Use 72.63 68.70 70.46 71.56 72.82 74.27 74.65 74.95 74.90 75.1 1 75.37 75.70 76.08 76.351 
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I Q 
2022 
0.35 
0.44 
9.05 

14.79 
8.46 
7.60 
0.1 0 
40.63 

2.95 
0.41 

16.74 
3.40 
0.03 
9.07 
1.39 
1.28 
4.04 

39.30 
25.50 

0.00 
1.29 
0.69 

27.47 
0.56 

15.82 
0.16 
0.00 

16.54 
8.46 
I .37 

10.14 
0.00 
0.10 

103.59 

R S I T I U I v W X Y I Z I AA I AB I AC I AD I A€  
2023 
0.35 
0.44 
9.1 I 

14.46 
8.59 
7.86 
0.09 
40.74 

2.95 
0.59 

16.55 
3.42 
0.03 
9.12 
1.39 
1.28 
4.01 

39.35 
25.59 

0.00 
1.29 
0.69 

27.57 
0.55 

15.49 
0.26 
0.00 

16.30 
8.59 
1.54 

10.42 
0.00 
0.09 

104.04 

320 

2024 
0.35 
0.44 
9.08 

14.25 
8.76 
8.07 
0.08 
40.89 

2.94 
0.81 

16.34 
3.45 
0.03 
9.1 8 
1.39 
1.28 
4.01 

39.44 
25.59 

0.00 
1.29 
0.69 

27.56 
0.54 

15.28 
0.31 
0.00 

16.1 3 
8.76 
1.73 

10.63 
0.00 
0.08 

104.54 

76.66 77.10 77.96 

2025 
0.35 
0.44 
9.1 1 

13.95 
8.98 
8.30 
0.07 
41.05 

2.93 
0.93 

16.27 
3.47 
0.03 
9.25 
1.39 
1.28 
4.00 

39.55 
25.64 

0.00 
1.28 
0.68 

27.6 1 
0.53 

14.98 
0.37 
0.00 

15.88 
8.98 
1.88 

10.87 
0.00 
0.07 

105.04 

2026 
0.35 
0.43 
9.18 

13.59 
9.22 
8.53 
0.06 
41.21 

2.91 
1.07 

16.1 3 
3.49 
0.03 
9.31 
1.40 
1.27 
3.98 

39.60 
25.75 

0.00 
1.29 
0.68 

27.72 
0.52 

14.62 
0.42 
0.00 

15.57 
9.22 
I .99 

11.10 
0.00 
0.06 

105.46 

2027 
0.35 
0.43 
9.28 

13.10 
9.49 
8.78 
0.06 
41.35 

2.89 
0.97 

16.33 
3.51 
0.03 
9.37 
1.40 
1.26 
3.97 

39.74 
25.90 

0.00 
1.29 
0.69 

27.87 
0.51 

14.13 
0.49 
0.00 

15.13 
9.49 
2.09 

11.35 
0.00 
0.06 

105.94 

77.55 78.29 78.71 

2028 
0.35 
0.43 
9.41 

12.55 
9.80 
9.06 
0.06 
41.51 

2.88 
1.28 

16.05 
3.53 
0.03 
9.41 
1.40 
1.26 
3.95 

39.78 
26.13 

0.00 
1.30 
0.69 

28.1 2 
0.51 

13.57 
0.56 
0.00 

14.63 
9.80 
2.23 

11.63 
0.00 
0.06 

106.46 

79.13 

2029 
0.36 
0.43 
9.40 

12.05 
10.1 6 
9.36 
0.06 
41.66 

2.86 
1.16 

16.28 
3.54 
0.03 
9.47 
1.40 
1.25 
3.95 

39.94 
26.19 

0.00 
1.30 
0.69 

28.1 8 
0.50 

13.07 
0.63 
0.00 

14.19 
10.1 6 
2.26 

11.93 
0.00 
0.06 

106.93 

79.49 

2030 
0.36 
0.43 
9.65 

11.31 
10.57 
9.61 
0.03 
41.79 

2.85 
1.10 

16.49 
3.56 
0.03 
9.55 
1.40 
1.25 
3.96 

40.1 9 
26.56 

0.00 
1.31 
0.69 

28.56 
0.49 

12.32 
0.71 
0.00 

13.52 
10.57 
2.30 

12.18 
0.00 
0.03 

107.56 

80.05 

2031 
0.36 
0.43 

10.09 
10.48 
10.86 
9.64 
0.04 
41.74 

2.84 
1.13 

16.59 
3.57 
0.03 
9.63 
1.40 
1.24 
3.98 

40.43 
27.08 

0.00 
1.33 
0.70 

29.1 1 
0.48 

11.49 
0.79 
0.00 

12.76 
10.86 
2.34 

12.20 
0.00 
0.04 

107.95 

80.56 

2032 
0.36 
0.43 

10.45 
9.83 

1 I .25 
9.53 
0.06 
41.76 

2.82 
1.15 

16.71 
3.59 
0.03 
9.69 
1.40 
1.24 
3.98 

40.61 
27.50 

0.00 
1.35 
0.71 

29.56 
0.47 

10.84 
0.87 
0.00 

12.19 
11.25 
2.36 

12.09 
0.00 
0.06 

108.33 

80.98 

2033 
0.36 
0.43 

10.95 
9.69 

10.69 
9.59 
0.06 
41 -61 

2.81 
1.13 

16.85 
3.60 
0.03 
9.77 
1.40 
1.23 
3.99 

40.80 
28.04 

0.00 
1.37 
0.72 

30.1 3 
0.47 

10.69 
0.96 
0.00 

12.1 1 
10.69 
2.46 

12.1 4 
0.00 
0.06 

108.61 

81.43 

2034 
0.36 
0.44 

1 1.37 
10.38 
9.25 
9.79 
0.1 0 
41.52 

2.78 
1.13 

16.97 
3.61 
0.03 
9.87 
1.40 
1.22 
4.01 

41.04 
28.47 

0.00 
1.40 
0.73 

30.59 
0.46 

1 1.38 
1.05 
0.00 

12.88 
9.25 
2.50 

12.34 
0.00 
0.10 

108.89 

81.83 

2035 
0.36 
0.44 

12.27 
10.23 
8.18 
9.83 
0.14 
41.29 

2.76 
1.13 

17.11 
3.62 
0.03 
9.95 
1.41 
1.21 
4.03 

41.25 
29.39 

0.00 
1.46 
0.78 

31.62 
0.45 

11.23 
1.13 

-0.01 
12.80 
8.18 
2.51 

12.38 
0.00 
0.1 4 

109.08 

0.7% 
0.4% 
2.1% 

-2.2% 
-0.1 Yo 
3.6% 
0.7% 
0.3% 

0.1% 
25.9% 

0.0% 
0.5% 

-0.4% 
1 .O% 
0.3% 
1.2% 
0.4% 
0.5% 
1.2% 

0.8% 
0.7% 
1.2% 
0.4% 

-2. I Yo 

-5.3% 
-1.6% 
-0.1 Yo 

2.9% 

- -  

- -  

5.2% 

- -  
0.7% 
0.5% 

82.26 0.7% 



B C D E F G H I 
cesbingbk.dlOO611 a 2008 2009 201 0 201 I 201 2 201 3 201 4 
Total Energy Use 100.14 94.81 97.82 98.36 99.82 101.31 101.65 
Ethanol Consumed in Motor Gasoline anc 0.77 0.95 1.10 1.26 1.27 1.29 1.31 
Population (millions) 305.1 7 307.84 31 0.83 31 3.84 31 6.88 31 9.94 323.04 
US GDP (billion 2005 dollars) 13229 12881 13221 13506 14038 14587 14923 
Carbon Dioxide Emissions (million metric 
tons carbon dioxide equivalent) 5838.0 5425.5 5653.5 561 3.5 5640.8 5679.1 5666.8 

J K L M N 0 P 
201 5 201 6 2017 201 8 201 9 2020 2021 

101 .I 8 101.30 101.68 102.04 102.48 103.01 103.2E 
1.33 I .36 1.44 1.52 1.60 I .69 1.62 

326.1 6 329.30 332.46 335.63 338.82 342.01 345.22 
15306 15688 16098 16517 16929 17367 17844 

329 
330 
331 
332 

- 

5465.6 5479.1 5436.6 541 6.3 5408.9 5442.6 5435.L 

1/ Includes wood used for residential heating. See Table 4 andlor Table 17 for estimates of nonmarketed renewable energy consumption for 

2/ Includes ethanol (blends of 10 percent or less) and ethers blended into gasoline. 
geothermal heat pumps, solar thermal hot water heating, and electricity generation from wind and solar photovoltaic sources. 

333 
334 
335 
336 - 
337 

- 
31 Excludes ethanol. Includes commercial sector consumption of wood and wood waste, landfill gas, municipal waste, and other biomass for 

combined heat and power. See Table 5 and/or Table 17 for estimates of nonmarketed renewable energy consumption for solar thermal hot water 
heating and electricity generation from wind and solar photovoltaic sources. 

to the public. 
4/ Includes energy for combined heat and power plants, except those whose primary business is to sell electricity, or electricity and heat, 

338 
339 
340 
341 - 
342 
343 
346 
345 
346 
347 
348 
349 
350 
351 
352 
353 
354 

356 
357 
358 
359 
360 
361 
362 
363 
364 

___I 

- 
- 

- 

51 Includes petroleum coke, asphalt, road oil, lubricants, still gas, and miscellaneous petroleum products. 
61 Represents natural gas used in well, field, and lease operations, and in natural gas processing plant machinery. 
71 Includes consumption of energy produced from hydroelectric, wood and wood waste, municipal waste, and other biomass sources. Excludes 

81 E85 refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold starting issues, 

91 Includes only kerosene type. 
101 Diesel fuel for on- and off- road use. 
111 Includes aviation gasoline and lubricants. 
12/ Includes unfinished oils, natural gasoline, motor gasoline blending components, aviation gasoline, lubricants, still gas, asphalt, road oil, 

13/ Includes electricity generated for sale to the grid and for own use from renewable sources, and non-electric energy from renewable sources. 

ethanol blends (10 percent or less) in motor gasoline. 

the percentage of ethanol varies seasonally. The annual average ethanol content of 74 percent is used for this forecast. 

petroleum coke, and miscellaneous petroleum products. 

Excludes ethanol and nonmarketed renewable energy consumption for geothermal heat pumps, buildings photovoltaic systems, and solar thermal hot 
water heaters. 

electricity and heat, to the public. Includes small power producers and exempt wholesale generators. 

solar thermal sources. Excludes net electricity imports. 

141 Includes consumption of energy by electricity-only and combined heat and power plants whose primary business is to sell electricity, or 

15/ Includes conventional hydroelectric, geothermal, wood and wood waste, biogenic municipal waste, other biomass, wind, photovoltaic, and 

161 Includes non-biogenic municipal waste not included above. 
171 Includes conventional hydroelectric, geothermal, wood and wood waste, biogenic municipal waste, other biomass, wind, photovoltaic, and 

solar thermal sources. Excludes ethanol, net electricity imports, and nonmarketed renewable energy consumption for geothermal heat pumps, 
buildings photovoltaic systems, and solar thermal hot water heaters. 

Btu = British thermal unit. 
- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 are 

Sources: 2008 and 2009 consumption based on: U.S. Energy Information Administration (EIA), 
model results and may differ slightly from official EIA data reports. 



Q I R I S 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

103.59 104.04 104.54 105.04 105.46 105.94 106.46 106.93 107.56 107.95 108.33 108.61 108.89 109.08 0.5% 
1.76 1.86 1.99 2.06 2.09 2.1 1 2.22 2.23 2.22 2.25 2.27 2.29 2.30 2.31 3.5% 

348.42 351.63 354.85 358.06 361.27 364.47 367.68 370.88 374.08 377.28 380.48 383.68 386.88 390.09 0.9% 
18375 18889 19408 19963 20497 21028 21548 22074 22645 23217 23776 24353 24954 25562 2.7% 

T U I v W I X Y I 2 I AA I AB I AC I AD I AE 

5439.6 541 2.2 5394.8 5377.6 5357.0 5332.3 5288.6 5256.4 5221 .O 51 80.9 51 37.0 51 38.9 5204.3 51 95.0 -0.2% 

342 
343 
344 
345 
346 
347 
348 
349 
350 
351 
352 
353 
354 
355 
356 
357 
358 
359 
360 
361 
362 
363 
364 

- 
- 
- 
- 
- 

- 

- 
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B I C D I E F I G I H I I J I K I L I M 

Y 

Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0). 
2008 and 2009 population and gross domestic product: IHS Global Insight Industry and Employment models, 
September 201 0. 2008 and 2009 carbon dioxide emissions: EIA, 
Emissions of Greenhouse Gases in the United States 2009, DOEIEIA-0573(2009) (Washington, DC, December 201 0). 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.d100611 a. 

N 0 i P 
1 

Page 19 

cesbinabk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

393 
394 
395 
396 
397 
398 
399 
400 
401 
402 
403 
404 

3. Energy Prices by Sector and Source 
(2009 dollars per million Btu, unless otherwise noted) 

Sector and Source 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 



I I I 
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I I I Q R S T U v W X Y Z AA I AB I AC I AD I AE 
1 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 - 

365 
366 
367 
368 
369 
370 
371 
372 
373 
374 
375 
376 
377 
378 
379 
380 
381 
382 
383 
384 
385 
386 
387 
388 
389 
390 
39 1 
392 
393 
394 
395 
396 
397 
398 
399 
400 
401 

403 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 203E 
404 

- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 402 2009. - 
- 



I B I C I D I E I F G I H I I J I K I L M I N 0 P 

Y 

Residential 
Liquefied Petroleum Gases 
Distillate Fuel Oil 
Natural Gas 
Electricity 

29.46 
24.75 
13.62 
33.16 

24.63 
18.12 
11.88 
33.62 

26.49 
20.68 
10.99 
33.51 

26.72 
21.67 
10.25 
31.44 

28.53 
19.94 
10.01 
31.45 

29.02 
20.33 
9.91 

31.50 

Commercial 
Liquefied Petroleum Gases 
Distillate Fuel Oil 
Residual Fuel 
Natural Gas 
Electricity 

26.70 
21.81 
15.80 
11.99 
30.50 

21.49 
15.97 
13.45 
9.68 

29.51 

20.99 
18.22 
13.81 
8.88 

28.42 

26.27 
19.08 
14.92 
9.02 

27.45 

25.08 
18.08 
11.64 
8.64 

26.93 

25.56 
18.46 
12.24 
8.37 

26.44 

Industrial 1/ 
Liquefied Petroleum Gases 
Distillate Fuel Oil 
Residual Fuel Oil 
Natural Gas 2/ 
Metallurgical Coal 
Other Industrial Coal 
Coal to Liquids 
Electricity 

24.95 
22.57 
16.26 
9.08 
4.53 
2.93 

19.97 
- -  

20.59 
16.56 
12.05 
5.25 
5.43 
3.05 

22.10 
18.90 
12.32 
4.77 
6.1 9 
3.06 

27.91 
19.79 
13.35 
4.82 
6.1 0 
3.01 

22.06 
18.09 
13.59 
4.71 
6.07 
2.98 

17.61 
_ _  

22.57 
18.49 
13.91 
4.69 
6.14 
2.98 

17.32 
- -  

23.00 23.14 
18.89 19.28 
14.38 14.76 
4.68 5.72 
6.02 5.99 
2.94 2.86 

- -  1.76 
17.22 17.58 

23.51 
20.04 
15.20 
5.86 
5.83 
2.76 
1.73 

17.62 

24.06 
20.78 
15.58 
5.89 
6.10 
2.87 
I .76 

17.53 

24.61 25.1 0 
21.48 21.88 
16.01 16.28 
5.92 5.95 
6.1 6 6.28 
2.84 2.83 
1.77 1.78 

17.63 17.72 

25.55 
22.34 
16.66 
6.13 
6.35 
2.81 
1.79 

17.81 

25.97 
22.67 
16.91 
6.28 
6.40 
2.82 
1.81 

18.03 
- -  
19.79 

- -  
18.89 

_ _  
17.87 

Transportation 
Liquefied Petroleum Gases 3/ 
E85 4/ 
Motor Gasoline 5/ 
Jet Fuel 6/ 
Diesel Fuel (distillate fuel oil) 7/ 
Residual Fuel Oil 
Natural Gas 8/ 
Electricity 

30.23 
35.36 
27.06 
23.30 
27.97 
14.57 
17.20 
34.68 

25.52 
20.50 
19.28 
12.59 
17.79 
10.57 
12.71 
34.93 

27.24 
24.89 
22.12 
15.76 
21.07 
10.82 
12.01 
30.19 

27.50 
26.09 
23.18 
16.88 
22.1 0 
11.72 
11.99 
30.62 

29.34 
23.70 
23.35 
18.09 
21 -29 
1 1.43 
11.82 
30.1 1 

29.81 
24.98 
24.60 
18.46 
21.67 
11.73 
11.77 
29.40 

30.25 
25.78 
25.37 
18.70 
22.06 
12.18 
11.73 
28.86 

30.38 
26.36 
25.95 
18.96 
22.44 
12.60 
12.69 
28.91 

30.77 31.31 
26.85 26.51 
26.44 27.07 
19.72 20.44 
23.19 23.94 
13.10 13.45 
12.78 12.80 
28.38 27.71 

31.84 
27.68 
27.51 
21 .I 1 
24.66 
13.89 
12.81 
27.68 

32.31 
28.41 
27.75 
21.50 
25.1 6 
14.16 
12.83 
27.87 

32.75 33.1 5 
28.73 28.81 
28.22 28.22 
21.95 22.29 
25.68 25.75 
14.53 14.85 
13.00 13.1 0 
27.99 28.36 

1 Electric Power 9/ 
Distillate Fuel Oil 
Residual Fuel Oil 
Natural Gas 
Steam Coal 

19.56 
14.75 
9.1 0 
2.07 

14.33 
8.96 
4.82 
2.20 

16.38 
11.43 
5.03 
2.27 

17.22 
12.12 
4.67 
2.24 

15.65 
11.93 
4.48 
2.20 

16.01 
12.26 
4.40 
2.1 6 

16.36 16.65 17.36 18.1 1 18.76 19.1 7 19.57 19.87 
12.71 12.84 13.32 13.68 14.12 14.37 14.74 15.04 
4.35 5.57 5.64 5.66 5.68 5.73 5.89 6.01 
2.13 2.08 2.02 2.03 2.02 2.01 2.01 2.02 
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2022 

32.79 
24.90 
11.96 
31.83 

29.31 
23.02 
16.03 
9.98 

27.1 2 

26.39 
23.1 8 
17.29 
6.40 
6.37 
2.81 
1.73 

18.24 

33.53 
28.36 
28.61 
22.59 
26.23 
15.20 
13.19 
28.77 

20.20 
15.40 
6.1 3 
2.02 

Q R S T U v W X Y Z I AA I AB I AC I 
2023 

33.19 
25.34 
12.12 
32.14 

29.70 
23.47 
16.70 
10.11 
27.44 

26.78 
23.67 
17.70 
6.51 
6.44 
2.82 
1.74 

18.53 

33.92 
29.02 
29.13 
22.95 
26.71 
15.53 
13.27 
29.50 

20.53 
15.78 
6.25 
2.03 

I443 J 

2024 

33.51 
25.75 
12.28 
32.48 

30.02 
23.88 
16.91 
10.25 
27.75 

27.1 3 
24.08 
18.01 
6.64 
6.43 
2.81 
1.70 

18.73 

34.24 
29.46 
29.47 
23.33 
27.1 2 
15.81 
13.35 
30.1 7 

20.86 
16.07 
6.34 
2.03 

I 

2025 

33.82 
26.06 
12.43 
32.76 

30.33 
24.1 7 
17.09 
10.37 
27.98 

27.44 
24.36 
18.25 
6.73 
6.52 
2.83 
I .67 

18.96 

34.55 
29.70 
29.70 
23.67 
27.37 
16.07 
13.42 
30.84 

21.17 
16.31 
6.42 
2.04 

2026 

34.00 
26.34 
12.59 
33.15 

30.50 
24.47 
17.22 
10.50 
28.34 

27.60 
24.71 
18.38 
6.83 
6.52 
2.83 
I .65 

19.30 

34.72 
30.28 
30.24 
23.84 
27.53 
16.24 
13.49 
31.57 

21.30 
16.47 
6.52 
2.04 

2027 

34.23 
26.52 
12.71 
33.48 

30.73 
24.63 
17.38 
10.59 
28.64 

27.82 
24.86 
18.52 
6.89 
6.55 
2.80 
1.66 

19.60 

34.94 
30.35 
30.26 
24.1 3 
27.84 
16.43 
13.54 
32.28 

21.51 
16.63 
6.59 
2.02 

2028 

34.27 
26.85 
12.83 
33.89 

30.76 
25.00 
17.43 
10.69 
29.1 1 

27.83 
25.27 
18.60 
6.96 
6.56 
2.80 
1.67 

20.04 

34.97 
30.85 
30.85 
24.28 
28.1 0 
16.58 
13.59 
33.1 8 

21.68 
16.75 
6.68 
2.02 

2029 

34.48 
27.04 
12.86 
34.25 

30.97 
25.1 6 
17.49 
10.69 
29.46 

28.03 
25.41 
18.59 
6.96 
6.58 
2.77 
1.67 

20.45 

35.1 8 
30.82 
30.81 
24.49 
28.36 
16.61 
13.57 
33.84 

21.95 
16.78 
6.68 
2.00 

2030 

34.61 
26.80 
12.96 
34.54 

31.09 
24.85 
17.57 
10.75 
29.73 

28.15 
24.98 
18.66 
6.98 
6.58 
2.74 
1.63 

20.78 

35.30 
30.24 
30.1 9 
24.49 
27.81 
16.71 
13.57 
34.40 

21.94 
16.88 
6.73 
1.97 

2031 

34.66 
26.88 
13.13 
34.81 

31.14 
24.93 
17.62 
10.88 
29.86 

28.20 
25.07 
18.53 
7.09 
6.62 
2.72 
1.60 

21.05 

35.34 
30.33 
30.27 
24.64 
27.89 
16.54 
13.65 
34.92 

22.01 
16.77 
6.86 
1.94 

2032 

34.67 
26.95 
13.30 
35.32 

31 .I 5 
25.00 
17.72 
11.02 
30.32 

28.21 
25.1 4 
18.57 
7.24 
6.63 
2.70 
1.58 

21.58 

35.34 
30.45 
30.38 
24.69 
27.95 
16.55 
13.75 
35.85 

22.1 0 
16.80 
7.02 
1.91 

2033 

34.57 
27.43 
13.65 
36.22 

31.05 
25.39 
17.82 
11.31 
31 .I 7 

28.1 1 
25.52 
18.87 
7.52 
6.62 
2.69 
1.60 

22.33 

35.24 
30.83 
30.77 
25.08 
28.27 
16.59 
13.98 
37.31 

22.50 
16.87 
7.31 
1.90 

2034 

34.59 
27.57 
13.93 
37.1 9 

31.06 
25.53 
17.96 
11.55 
32.1 9 

28.1 1 
25.66 
18.96 
7.78 
6.61 
2.75 
1.63 

23.1 6 

35.25 
31.02 
30.96 
25.23 
28.41 
16.70 
14.19 
38.86 

22.64 
16.98 
7.60 
1.94 

2035 

34.57 
27.67 
14.15 
38.21 

31.05 
25.62 
18.08 
11.75 
33.27 

28.1 0 
25.76 
19.00 
8.01 
6.57 
2.80 
1.69 

24.08 

35.23 
31 .I4 
31.07 
25.35 
28.49 
16.69 
14.37 
40.31 

22.77 
16.99 
7.89 
1.96 

1.3% 
1.6% 
0.7% 
0.5% 

1.4% 
1.8% 
1.1% 
0.7% 
0.5% 

1.2% 
1.7% 
1.8% 
1.6% 
0.7% 

-0.3% _ _  
0.8% 

1.2% 
1.6% 
1.9% 
2.7% 
I .8% 
1.8% 
0.5% 
0.6% 

1.8% 
2.5% 
I .9% 

-0.4% 



I cesbingbk.dlOO611 a 2008 

Expenditures 
Expenditures 

444 
445 
446 
447 
448 
449 
450 
451 
452 
453 
454 
455 
456 
457 
458 
459 

- 
- 
- 
- 
- 
- 
- 

 prices in Nominal Dollars 

Average Price to All Users 1 O/ 
Liquefied Petroleum Gases 20.70 
E8541 35.36 
Motor Gasoline 51 26.88 
Jet Fuel 23.30 
Distillate Fuel Oil 26.53 
Residual Fuel Oil 14.89 
Natural Gas 10.56 

Other Coal 2.1 2 

Electricity 28.65 

Metallurgical Coal 4.53 

Coal to Liquids - -  

Non-Renewable Energy Expenditures by Sector 
(billion 2009 dollars) 

Liquefied Petroleum Gases 

Liquefied Petroleum Gases 

Electricity 

256.17 
191.84 
249.51 
71 7.39 

I41 4.92 
0.04 

141 4.96 

29.18 
24.52 
13.49 
32.85 

26.45 
21.61 
15.66 
11.88 
30.22 

2009 

17.43 
20.50 
19.23 
12.59 
17.51 
10.53 
7.28 
5.43 
2.25 

28.69 

238.63 
174.64 
179.30 
474.92 

1067.49 
0.06 

1067.55 

24.63 
18.12 
11.88 
33.62 

21.49 
15.97 
13.45 
9.68 

29.51 

201 0 

18.04 
24.89 
22.07 
15.76 
20.54 
11.26 
6.82 
6.1 9 
2.31 

28.02 
- -  

246.88 
169.66 
193.42 
554.93 

I 164.89 
0.07 

1 164.96 

26.72 
20.87 
11.09 
33.81 

21.18 
18.38 
13.94 
8.96 

28.67 

201 1 

20.66 
26.09 
23.16 
16.88 
21.55 
12.1 7 
6.59 
6.1 0 
2.28 

26.40 
- -  

223.25 
168.40 
21 3.52 
588.26 

1 193.43 
0.08 

11 93.51 

27.31 
22.1 5 
10.48 
32.14 

26.85 
19.50 
15.25 
9.22 

28.06 

201 2 

20.64 
23.70 
23.35 
18.09 
20.42 
11 -83 
6.43 
6.07 
2.24 

26.10 
- -  

222.87 
165.73 
200.84 
595.43 

I1 84.87 
0.13 

11 85.00 

29.51 
20.62 
10.36 
32.53 

25.94 
18.70 
12.04 
8.94 

27.85 

201 3 

21.02 
24.98 
24.60 
18.46 
20.95 
12.1 6 
6.32 
6.14 
2.20 

25.74 
_ _  

221 .I 6 
164.53 
21 0.83 
629.50 

1226.01 
0.17 

1226.1 8 

30.54 
21.39 
10.43 
33.15 

26.90 
19.43 
12.88 
8.81 

27.83 

201 4 

21.39 
25.78 
25.37 
18.70 
21.36 
12.61 
6.22 
6.02 
2.18 

25.59 
- -  

220.34 
164.49 
21 6.02 
648.22 

1249.06 
0.20 

1249.26 

31.57 
22.1 8 
10.49 
33.66 

27.86 
20.18 
13.72 
8.66 

28.01 

201 5 

21.53 
26.36 
25.95 
18.96 
21.76 
12.97 
7.15 
5.99 
2.14 
1.76 

26.02 

226.89 
171.77 
227.62 
662.07 

1288.35 
0.23 

1288.58 

32.38 
23.03 
11.84 
34.88 

28.60 
21.01 
14.48 
9.94 

29.07 

201 6 

21.90 
26.85 
26.44 
19.72 
22.52 
13.45 
7.30 
5.83 
2.07 
1.73 

26.01 

228.25 
173.98 
229.73 
679.75 

1311.71 
0.26 

131 1.97 

33.48 
24.39 
12.29 
35.49 

29.61 
22.30 
15.27 
10.31 
29.62 

201 7 

22.40 
26.51 
27.07 
20.44 
23.28 
13.81 
7.35 
6.1 0 
2.09 
1.76 

25.91 

228.78 
176.05 
232.98 
697.28 

1335.09 
2.64 

1337.73 

34.81 
25.78 
12.71 
36.09 

30.86 
23.61 
16.11 
10.63 
30.15 

201 8 

22.89 
27.68 
27.51 
21 .I 1 
24.00 
14.24 
7.38 
6.1 6 
2.08 
I .77 

26.01 

230.68 
179.50 
236.30 
711.10 

1357.59 
4.92 

1362.51 

36.1 6 
27.14 
13.10 
36.86 

32.1 2 
24.90 
16.96 
10.93 
30.96 

201 9 

23.33 
28.41 
27.75 
21.50 
24.49 
14.50 
7.42 
6.28 
2.07 
1.78 

26.06 

232.32 
182.49 
239.18 
71 9.95 
373.93 

6.75 
380.68 

37.45 
28.14 
13.47 
37.53 

33.33 
25.85 
17.53 
11.23 
31.67 

2020 

23.74 
28.73 
28.22 
21.95 
25.00 
14.87 
7.62 
6.35 
2.07 
1.79 

26.14 

235.1 4 
185.98 
243.80 
732.96 

1397.88 
8.98 

1406.86 

38.72 
29.26 
14.09 
38.28 

34.52 
26.92 
18.37 
11.75 
32.42 

2021 

24.1 1 
28.81 
28.22 
22.29 
25.1 3 
15.1 8 
7.77 
6.40 
2.07 
I .81 

26.35 

237.41 
189.64 
247.40 
740.37 

141 4.82 
5.91 

1420.73 

39.93 
30.15 
14.55 
39.1 7 

35.64 
27.80 
19.12 
12.14 
33.29 

1 482 I 
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Q R S T U v W X 
2022 

24.47 
28.36 
28.61 
22.59 
25.62 
15.54 
7.89 
6.37 
2.08 
1.73 

26.49 

239.84 
192.76 
250.79 
748.40 

1431.80 
11.63 

1443.42 

41 .I 0 
31.21 
14.99 
39.89 

36.73 
28.85 
20.08 
12.50 
33.99 

Y Z I AA I AB I AC I AD I A€ 
2023 

24.83 
29.02 
29.1 3 
22.95 
26.1 1 
15.91 
8.01 
6.44 
2.09 
1.74 

26.83 

243.45 
197.13 
254.57 
758.93 

1454.09 
17.17 

1471.26 

42.34 
32.33 
15.46 
41.01 

37.89 
29.95 
21.31 
12.91 
35.01 

1.6% 
1.6% 
1.9% 
2.7% 
1.8% 
1.9% 
1 .O% 
0.7% 

-0.4% - -  
0.6% 

0.8% 

1.6% 
1.6% 

2.3% 
1.8% 

28.0% 
1.9% 

3.2% 
3.5% 
2.5% 
2.3% 

3.3% 
3.7% 
3.0% 
2.6% 
2.3% 

2024 

25.1 5 
29.46 
29.47 
23.33 
26.52 
16.20 
8.14 
6.43 
2.08 
1.70 

27.16 

247.75 
201.52 
257.32 
765.53 

1 472. I 2 
23.95 

1496.06 

43.53 
33.45 
15.95 
42.1 8 

39.00 
31.01 
21.97 
13.32 
36.05 

2025 

25.44 
29.70 
29.70 
23.67 
26.79 
16.44 
8.25 
6.52 
2.10 
1.67 

27.44 

250.71 
205.52 
259.65 
773.40 

1489.27 
27.52 

151 6.79 

44.68 
34.42 
16.43 
43.28 

40.06 
31 -92 
22.58 
13.70 
36.96 

2026 

25.62 
30.28 
30.24 
23.84 
27.1 4 
16.60 
8.36 
6.52 
2.1 0 
1.65 

27.85 

254.63 
21 0.26 
261.28 
784.05 
51 0.22 
32.50 
542.72 

45.70 
35.40 
16.92 
44.55 

40.99 
32.89 
23.15 
14.1 1 
38.08 

2027 

25.85 
30.35 
30.26 
24.1 3 
27.27 
16.77 
8.43 
6.55 
2.08 
1.66 

28.20 

258.20 
21 4.68 
261.86 
795.1 9 

1529.92 
29.57 

1559.50 

46.84 
36.29 
17.39 
45.80 

42.04 
33.70 
23.78 
14.49 
39.1 9 

2028 

25.90 
30.85 
30.85 
24.28 
27.70 
16.90 
8.52 
6.56 
2.08 
1.67 

28.70 

262.73 
220.09 
263.1 0 
802.39 

1548.31 
39.42 

1587.73 

47.76 
37.43 
17.88 
47.24 

42.88 
34.85 
24.29 
14.90 
40.57 

2029 

26.1 0 
30.82 
30.81 
24.49 
27.82 
16.92 
8.52 
6.58 
2.06 
1.67 

29.1 1 

265.25 
224.47 
263.28 
813.12 

1566.1 2 
35.65 

1601.77 

48.96 
38.40 
18.27 
48.64 

43.98 
35.74 
24.84 
15.18 
41.84 

2030 

26.24 
30.24 
30.19 
24.49 
27.33 
17.02 
8.55 
6.58 
2.04 
I .63 

29.44 

268.27 
228.52 
262.76 
808.95 

1568.49 
33.42 

1601.91 

50.06 
38.77 
18.74 
49.96 

44.98 
35.95 
25.41 
15.54 
43.00 

2031 

26.30 
30.33 
30.27 
24.64 
27.40 
16.88 
8.66 
6.62 
2.02 
I .60 

29.70 

271.65 
232.31 
263.14 
81 7.44 
584.55 
34.41 
61 8.96 

51.08 
39.62 
19.35 
51.31 

45.90 
36.75 
25.97 
16.03 
44.00 

2032 

26.33 
30.45 
30.38 
24.69 
27.47 
16.90 
8.79 
6.63 
1.99 
I .58 

30.25 

276.65 
238.04 
264.22 
826.00 

1604.92 
35.01 

1639.93 

52.1 0 
40.51 
19.99 
53.09 

46.82 
37.58 
26.64 
16.57 
45.57 

2033 

26.25 
30.83 
30.77 
25.08 
27.82 
16.98 
9.05 
6.62 
1.98 
I .60 

31 . I 3  

282.91 
246.37 
268.07 
844.07 

1641.41 
34.76 

1 676.1 7 

53.00 
42.05 
20.92 
55.53 

47.61 
38.93 
27.32 
17.34 
47.79 

2034 

26.29 
31.02 
30.96 
25.23 
27.95 
17.08 
9.30 
6.61 
2.02 
1.63 

32.1 3 

289.74 
255.26 
270.89 
856.40 

1672.28 
35.08 

1707.36 

54.1 1 
43.1 4 
21.79 
58.1 8 

48.60 
39.94 
28.1 0 
18.07 
50.36 

2035 

26.30 
31 .I4 
31.07 
25.35 
28.04 
17.09 
9.50 
6.57 
2.04 
1.69 

33.1 9 

296.61 
264.33 
273.20 
866.62 

1700.76 
35.29 

1736.04 

55.1 9 
44.1 8 
22.58 
60.99 

49.56 
40.90 
28.86 
18.76 
53.1 1 
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" 
Industrial 11 
Liquefied Petroleum Gases 
Distillate Fuel Oil 
Residual Fuel Oil 
Natural Gas 21 
Metallurgical Coal 
Other Industrial Coal 
Coal to Liquids 
Electricity 

B C I D E F I G H I I I J I K L M 

24.72 20.59 22.29 28.53 22.82 23.75 24.64 
22.36 16.56 19.06 20.23 18.71 19.46 20.24 
16.11 12.05 12.42 13.65 14.06 14.64 15.40 
9.00 5.25 4.82 4.93 4.87 4.94 5.02 
4.49 5.43 6.24 6.23 6.28 6.46 6.45 
2.90 3.05 3.09 3.08 3.08 3.13 3.15 

19.79 19.79 19.06 18.27 18.22 18.23 18.45 
_ _  - -  - -  - -  _ _  _ _  _ _  

N 0 I P 

51 3 
514 
515 
516 
51 7 
51 8 
519 
520 
521 

- 

Transportation 
Liquefied Petroleum Gases 31 
E85 41 
Motor Gasoline 51 
Jet Fuel 61 
Diesel Fuel (distillate fuel oil) 71 
Residual Fuel Oil 
Natural Gas 81 
Electricity 

Motor Gasoline 51 
Jet Fuel 
Distillate Fuel Oil 
Residual Fuel Oil 
Natural Gas 
Metallurgical Coal 
Other Coal 
Coal to Liquids 
Electricity 

Electric Power 91 
Distillate Fuel Oil 
Residual Fuel Oil 
Natural Gas 

i Steam Coal 

29.95 25.52 27.48 28.1 1 30.35 31.37 32.40 
35.03 20.50 25.1 1 26.67 24.51 26.29 27.61 
26.81 19.28 22.31 23.70 24.15 25.88 27.1 8 
23.09 12.59 15.90 17.26 18.71 19.42 20.03 
27.71 17.79 21.26 22.58 22.02 22.80 23.63 
14.43 10.57 10.92 11.98 11.82 12.35 13.05 
17.04 12.71 12.12 12.25 12.23 12.39 12.56 
34.36 34.93 30.45 31.30 31.15 30.94 30.91 

19.38 14.33 16.53 17.60 16.18 16.85 17.53 
14.61 8.96 11.53 12.39 12.34 12.90 13.62 
9.02 4.82 5.08 4.77 4.63 4.63 4.66 
2.05 2.20 2.29 2.29 2.27 2.27 2.28 

20.51 17.43 18.20 21.12 
35.03 20.50 25.1 1 26.67 
26.63 19.23 22.27 23.67 
23.09 12.59 15.90 17.26 
26.28 17.51 20.72 22.03 
14.75 10.53 11.35 12.44 
10.46 7.28 6.88 6.73 
4.49 5.43 6.24 6.23 
2.1 0 2.25 2.33 2.33 

28.38 28.69 28.26 26.98 
- -  _ -  - -  - -  

21.34 22. I 2 22.92 
24.51 26.29 27.61 
24.15 25.88 27.18 
18.71 19.42 20.03 
21.12 22.05 22.88 
12.24 12.80 13.51 
6.65 6.65 6.66 
6.28 6.46 6.45 
2.32 2.32 2.33 

27.00 27.09 27.41 
- -  _ _  _ _  
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33.23 34.33 35.68 37.05 38.34 39.63 40.85 
28.82 29.96 30.21 32.21 33.71 34.77 35.50 
28.37 29.50 30.85 32.01 32.93 34.15 34.78 
20.73 22.00 23.29 24.57 25.52 26.56 27.47 
24.54 25.88 27.28 28.69 29.86 31.07 31.73 
13.78 14.62 15.33 16.16 16.80 17.58 18.30 
13.87 14.26 14.59 14.91 15.23 15.73 16.1 5 
31.61 31.67 31.58 32.21 33.07 33.87 34.95 

18.21 19.37 20.64 21.83 22.75 23.68 24.49 
14.04 14.86 15.59 16.43 17.05 17.84 18.53 
6.09 6.29 6.45 6.61 6.80 7.13 7.41 
2.28 2.26 2.31 2.35 2.38 2.43 2.49 

23.54 24.44 25.52 26.64 27.69 28.73 29.71 
28.82 29.96 30.21 32.21 33.71 34.77 35.50 
28.37 29.50 30.85 32.01 32.93 34.15 34.78 
20.73 22.00 23.29 24.57 25.52 26.56 27.47 
23.79 25.1 3 26.53 27.92 29.05 30.25 30.97 
14.18 15.00 15.73 16.57 17.21 18.00 18.71 

6.55 6.51 6.95 7.1 6 7.46 7.69 7.813 
2.34 2.31 2.38 2.42 2.45 2.50 2.56 
1.92 1.93 2.01 2.07 2.1 1 2.17 2.22 

28.45 29.02 29.52 30.27 30.93 31.63 32.413 

7.82 8.15 8.37 8.59 8.81 9.23 9.57 



Q 
2022 

33.07 
29.05 
21.67 
8.02 
7.99 
3.52 
2.1 6 

22.86 

42.03 
35.54 
35.86 
28.31 
32.88 
19.04 
16.53 
36.05 

25.32 
19.30 
7.69 
2.53 

30.66 
35.54 
35.86 
28.31 
32.1 1 
19.48 
9.89 
7.99 
2.60 
2.1 6 

R S T U v W I X Y I z I AA I AB I AC I AD I A€ 
2023 

34.1 7 
30.20 
22.58 
8.31 
8.22 
3.60 
2.22 

23.64 

43.28 
37.02 
37.17 
29.28 
34.08 
19.82 
16.94 
37.64 

26.19 
20.14 
7.97 
2.59 

31.68 
37.02 
37.17 
29.28 
33.31 
20.30 
10.22 
8.22 
2.66 
2.22 

2024 

35.24 
31.28 
23.39 
8.62 
8.35 
3.65 
2.20 

24.32 

44.48 
38.26 
38.28 
30.30 
35.22 
20.54 
17.34 
39.1 9 

27.1 0 
20.88 

8.23 
2.63 

32.66 
38.26 
38.28 
30.30 
34.44 
21.04 
10.58 
8.35 
2.71 
2.20 

2025 

36.24 
32.18 
24.1 1 
8.90 
8.61 
3.74 
2.21 

25.05 

45.63 
39.24 
39.23 
31.26 
36.1 6 
21.22 
17.73 
40.74 

27.96 
21.55 

8.49 
2.69 

33.60 
39.24 
39.23 
31.26 
35.38 
21.72 
10.90 
8.61 
2.77 
2.21 

2026 

37.1 0 
33.21 
24.70 
9.1 8 
8.77 
3.80 
2.22 

25.94 

46.66 
40.70 
40.63 
32.04 
36.99 
21.83 
18.13 
42.42 

28.62 
22.1 3 

8.76 
2.74 

34.43 
40.70 
40.63 
32.04 
36.48 
22.31 
1 1.23 
8.77 
2.82 
2.22 

2027 

38.07 
34.01 
25.34 
9.43 
8.96 
3.83 
2.27 

26.82 

47.81 
41.53 
41.40 
33.01 
38.09 
22.48 
18.53 
44.1 7 

29.43 
22.75 
9.02 
2.77 

35.37 
41.53 
41.40 
33.01 
37.31 
22.95 
1 1.54 
8.96 
2.85 
2.27 

2028 

38.79 
35.22 
25.92 

9.70 
9.14 
3.90 
2.32 

27.93 

48.74 
42.99 
42.99 
33.84 
39.1 6 
23.1 0 
18.94 
46.24 

30.22 
23.35 
9.30 
2.81 

36.1 0 
42.99 
42.99 
33.84 
38.60 
23.55 
11.87 
9.14 
2.90 
2.32 

2029 

39.80 
36.08 
26.40 
9.88 
9.34 
3.94 
2.38 

29.05 

49.96 
43.76 
43.76 
34.78 
40.27 
23.59 
19.27 
48.05 

31.17 
23.83 
9.48 
2.84 

37.07 
43.76 
43.75 
34.78 
39.50 
24.04 
12.10 
9.34 
2.93 
2.38 

2030 

40.72 
36.14 
26.99 
10.1 0 
9.51 
3.97 
2.36 

30.07 

51.07 
43.75 
43.68 
35.43 
40.24 
24.1 8 
19.63 
49.76 

31.75 
24.42 
9.73 
2.85 

37.95 
43.75 
43.68 
35.43 
39.53 
24.62 
12.37 
9.51 
2.95 
2.36 

2031 

41.56 
36.94 
27.32 
10.45 
9.75 
4.00 
2.35 

31.02 

52.09 
44.70 
44.61 
36.32 
41 .I 1 
24.37 
20.12 
51.47 

32.44 
24.72 
10.12 
2.86 

38.76 
44.70 
44.61 
36.32 
40.38 
24.87 
12.76 
9.75 
2.97 
2.35 

2032 

42.41 
37.78 
27.91 
10.89 
9.97 
4.06 
2.38 

32.44 

53.12 
45.76 
45.66 
37.1 1 
42.01 
24.88 
20.67 
53.88 

33.21 
25.24 
10.55 
2.87 

39.57 
45.76 
45.66 
37.1 1 
41.28 
25.40 
13.22 
9.97 
2.99 
2.38 

2033 

43.09 
39.12 
28.94 
11.53 
10.1 5 
4.1 3 
2.45 

34.23 

54.03 
47.27 
47.1 8 
38.45 
43.34 
25.43 
21.43 
57.20 

34.50 
25.87 
1 I .20 
2.92 

40.24 
47.27 
47.1 8 
38.45 
42.66 
26.03 
13.88 
10.15 
3.04 
2.45 

2034 

43.98 
40.14 
29.66 
12.17 
10.33 
4.30 
2.55 

36.23 

55.1 5 
48.53 
48.44 
39.47 
44.44 
26.12 
22.20 
60.79 

35.42 
26.56 
11.89 
3.04 

41.13 
48.53 
48.44 
39.47 
43.73 
26.72 
14.55 
10.33 
3.1 6 
2.55 

2035 

44.85 
41.12 
30.33 
12.78 
10.49 
4.46 
2.70 

38.44 

56.24 
49.70 
49.61 
40.47 
45.48 
26.64 
22.95 
64.35 

36.35 
27.1 1 
12.60 
3.1 2 

41.98 
49.70 
49.61 
40.47 
44.76 
27.28 
15.17 
10.49 
3.25 
2.70 

3.0% 
3.6% 
3.6% 
3.5% 
2.6% 
1.5% - -  
2.6% 

3.1% 
3.5% 
3.7% 
4.6% 
3.7% 
3.6% 
2.3% 
2.4% 

3.6% 
4.3% 
3.8% 
1.4% 

3.4% 
3.5% 
3.7% 
4.6% 
3.7% 
3.7% 
2.9% 
2.6% 
1.4% - -  

33.20 34.23 35.27 36.25 37.42 38.59 40.00 41.34 42.59 43.78 45.46 47.72 50.26 52.98 2.4'301 
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I I Icesbingbk.dlOO611 a 2008 

Non-Renewable Energy Expenditures by Sector 
(billion nominal dollars) 

253.79 
190.06 
247. I 9 
71 0.71 

Expenditures 1401.75 
Exoenditures 0.04 

Total Expenditures 1401.79 

2009 

238.63 
174.64 
179.30 
474.92 

1067.49 
0.06 

1067.55 

201 0 201 1 

249.05 228.20 
171.15 172.14 
195.1 1 218.25 
559.79 601.29 

1 175.1 0 121 9.88 
0.07 0.08 

1 175.1 7 121 9.96 

201 2 201 3 201 4 201 5 201 6 

230.52 232.73 236.03 248.12 254.69 
171.41 173.13 176.20 187.84 194.13 
207.73 221.85 231.40 248.92 256.35 
61 5.86 662.43 694.37 724.02 758.50 

1225.53 1290.14 1337.99 408.90 1463.67 
0.14 0.17 0.21 0.25 0.29 

1225.66 1290.31 1338.20 1409.1 5 1463.96 

201 7 201 8 201 9 2020 2021 

260.73 268.44 275.67 284.55 292.56 
200.63 208.88 21 6.54 225.06 233.65 
265.52 274.98 283.81 295.03 304.86 
794.65 827.50 854.29 886.96 91 2.3: 

1521.52 1579.80 1630.30 1691.59 1743.4i 
3.01 5.72 8.01 10.87 7.2E 

1524.53 1585.53 1638.31 1702.46 1750.7: 

I /  Includes energy for combined heat and power plants, except those whose primary business is to sell electricity, or electricity and heat, 

2/ Excludes use for lease and plant fuel. 
3/ Includes Federal and State taxes while excluding county and local taxes. 
4/ E85 refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address cold starting issues, 

5/ Sales weighted-average price for all grades. Includes Federal, State, and local taxes. 
6/ Kerosene-type jet fuel. Includes Federal and State taxes while excluding county and local taxes. 
7/ Diesel fuel for on-road use. Includes Federal and State taxes while excluding county and local taxes. 
8/ Compressed natural gas used as a vehicle fuel. Includes estimated motor vehicle fuel taxes and estimated dispensing costs or charges. 
9/ Includes electricity-only and combined heat and power plants whose primary business is to sell electricity, or electricity and heat, to the 

1 O/ Weighted averages of end-use fuel prices are derived from the prices shown in each sector and the corresponding sectoral consumption. 
Btu = British thermal unit. 
- - = Not applicable. 
Note: Data for 2008 and 2009 are model results and may differ slightly from official EIA data reports. 
Sources: 2008 and 2009 prices for motor gasoline, distillate fuel oil, and jet fuel are based on prices 

the percentage of ethanol varies seasonally. The annual average ethanol content of 74 percent is used for thie forecast. 

in the U.S. Energy Information Administration (EIA), Petroleum Marketing Annual 
2009, DOE/EIA-0487(2009) (Washington, DC, August 201 0). 
2008 residential and commercial natural gas delivered prices: EIA, 
Natural Gas Annual 2008, DOE/EIA-OI31(2008) (Washington, DC, March 201 0). 2009 residential and commercial natural gas 
delivered prices: EIA, Natural Gas Monthly, DOE/EIA-O130(2010/07) (Washington, DC, July 2010). 
2008and2009 
industrial natural gas delivered prices are estimated based on: EIA, Manufacturing Energy Consumption Survey and 
industrial and wellhead prices from the Natural Gas Annual 2008, DOE/EIA-0131(2008) (Washington, DC, March 201 0) 
and the Natural Gas Monthly, DOE/EIA-O130(2010/07) (Washington, DC, July 201 0). 
2008 transportation sector natural gas delivered prices are based on: EIA, Natural Gas Annual 
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Q R S T U v W X 
I 1 I 2022 2023 

Y Z AA I AB I AC I AD 1 A€ 
2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

300.58 
241 5 8  
31 4.30 
937.94 
794.40 

14.57 
808.97 

31 0.62 
251.52 
324.81 
968.32 

1855.27 
21.91 

1877.1 8 

321.80 331 .I 7 342.1 9 353.26 366.16 376.69 388.1 1 400.39 415.81 433.76 453.29 473.50 2.7% 
261.75 271.48 282.56 293.71 306.73 31 8.78 330.59 342.40 357.78 377.73 399.34 421.97 3.5% 
334.23 342.97 351 .I 3 358.26 366.67 373.89 380.1 2 387.85 397.1 3 41 0.99 423.81 436.1 3 3.5% 
994.34 1021.60 1053.66 1087.95 1 11 8.25 1 154.75 1 170.28 1204.83 1241.50 1294.1 1 1339.82 1383.44 4.2% 

191 2.1 3 1967.22 2029.54 2093.1 8 21 57.80 2224.1 1 2269.1 0 2335.47 241 2.23 251 6.59 261 6.26 271 5.03 3.7% 
31 .I 0 36.35 43.68 40.46 54.93 50.63 48.34 50.72 52.62 53.30 54.88 56.33 30.3% 

1943.23 2003.57 2073.22 21 33.64 221 2.73 2274.73 231 7.45 2386.1 9 2464.85 2569.89 2671 .I4 2771.36 3.7% 

561 
562 
563 
564 
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K I L I M I N 0 P 
I cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 



Q R S T U v W X Y Z I AA I AB I AC I AD I AE I I I 
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B C D E F G H I J K L M 
I I Icesbinabk.dl00611a 2008 2009 201 0 

N 0 

4. Residential Sector hay llidicators and Consumption 
(quadrillion Btu, unless otherwise noted) 

Key Indicators and Consumption 2008 2009 201 0 

631 , 

632 
633 

Hduseholds (millions) 
Single-Family 
Multifamilv 

80.95 81.48 82.56 
25.12 25.32 25.57 

6.69 6.63 6.60 
Total 1 12.76 1 13.43 1 14.74 

Square Footage 1656 1669 1686 

100.8 98.0 99.7 
191 .o 185.8 192.3 

6x3 
644 

201 1 

201 1 

83.80 
25.86 
6.56 

11 6.22 

1704 

95.5 
180.3 

(thousand Btu per square foot) 
Delivered Energy Consumption 60.9 58.7 59.1 56.1 55.1 53.7 52.7 51.4 50.4 49.4 48.6 47.9 47.2 46.1 

201 2 

201 2 

84.81 
26.07 

6.54 
1 17.42 

1720 

94.7 
178.8 

201 3 

201 3 

85.90 
26.33 
6.53 

11 8.76 

1735 

93.2 
174.5 

201 4 

201 4 

86.90 
26.59 
6.52 

120.01 

1750 

92.2 
172.2 

201 5 

201 5 

87.90 
26.88 

6.53 
121.31 

1765 

90.7 
167.2 

201 6 

201 6 

88.90 
27.1 9 
6.57 

122.66 

1779 

89.7 
165.8 

201 7 

201 7 

89.87 
27.53 
6.61 

124.02 

1793 

88.5 
164.0 

201 8 

201 8 

90.82 
27.88 
6.67 

125.37 

1806 

87.8 
162.6 

201 9 

201 9 

91.75 
28.25 

6.72 
126.73 

1819 

87.1 
161.3 

2020 

2020 

92.67 
28.63 
6.78 

128.07 

1831 

86.5 
160.3 

2021 

2021 

93.5: 
29.0: 

6.8: 
129.4( 

184: 

85.f 
158.t 



Q R S T U v W X Y Z I AA I AB I AC I AD I A€ 

643 
644 43.5 43.0 42.6 42.0 41.5 41 .I 40.7 40.1 39.6 39.2 -1.5? 

2022 

2022 

94.45 
29.43 
6.89 

130.76 

1855 

85.0 
157.3 

45.8 

2023 2024 2025 2026 2027 2028 

2028 

99.61 
31.92 
7.1 7 

138.70 

1919 

81.7 
151.9 

2029 

2029 

100.38 
32.33 
7.21 

139.92 

1928 

81 .O 
I51 .O 

2030 

2030 

01.14 
32.74 
7.25 
41.14 

1938 

80.5 
150.3 

2031 

2031 

101.89 
33.1 5 
7.29 

142.33 

1947 

80.0 
149.1 

2032 

2032 

102.60 
33.56 
7.32 

143.49 

1956 

79.6 
148.4 

2033 

2033 

03.29 
33.97 
7.35 
44.61 

1964 

78.8 
146.7 

2034 

2034 

103.98 
34.38 
7.38 

145.73 

1973 

78.2 
145.3 

2035 

2035 

104.66 
34.78 
7.40 

146.84 

1981 

77.6 
143.9 

2009 
203: 

1 .O% 
1.2% 
0.4% 
1 .O% 

0.79 

-0.9? 
-1 .O? 

2023 2024 2025 2026 2027 

95.33 
29.84 

6.94 
132.1 1 

96.20 
30.25 

6.99 
133.44 

97.09 
30.67 
7.04 

134.79 

97.96 
31.08 
7.08 

136.1 3 

98.81 
31.50 
7.1 3 

137.44 

1866 1877 1888 1899 1909 

84.3 
156.1 

83.9 
155.3 

83.1 
154.0 

82.6 
153.1 

82.0 
152.3 

45.2 44.7 44.0 



B C D I E I F I G I H I I I J I K I L M N I 0 

Natural Gas 
Space Heating 
Space Cooling 
Water Heating 
Cooking 
Clothes Dryers 

Delivered Energy 
6721 

Distillate Fuel Oil 
Space Heating 
Water Heating 

Delivered Energy 

P 

115.3 
I 
- 645 
646 

- 

- 

0.28 
0.87 
0.43 
0.37 
0.1 0 
0.19 
0.08 
0.72 
0.03 
0.09 
0.33 
0.17 
0.14 
0.89 
4.71 

cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 
Total Energy Consumption 111.3 

0.28 
0.83 
0.43 
0.37 
0.1 1 
0.19 
0.08 
0.71 
0.03 
0.09 
0.34 
0.18 
0.14 
0.88 
4.65 

114.0 

0.29 
1.11 
0.44 
0.36 
0.1 1 
0.1 9 
0.08 
0.71 
0.03 
0.09 
0.34 
0.18 
0.14 
0.90 
4.97 

105.8 104.0 100.5 98.4 94.7 93.2 91.4 90.0 88.7 87.5 86.0 

0.28 
0.80 
0.44 
0.36 
0.1 1 
0.18 
0.08 
0.70 
0.03 
0.09 
0.34 
0.18 
0.14 
0.89 
4.63 

0.28 
0.81 
0.46 
0.36 
0.1 1 
0.19 
0.08 
0.69 
0.03 
0.09 
0.34 
0.18 
0.15 
0.91 
4.67 

0.28 
0.82 
0.46 
0.36 
0.1 1 
0.19 
0.08 
0.62 
0.03 
0.09 
0.34 
0.17 
0.15 
0.92 
4.62 

0.28 0.29 
0.83 0.82 
0.47 0.47 
0.36 0.35 
0.1 1 0.12 
0.19 0.18 
0.08 0.08 
0.59 0.57 
0.03 0.03 
0.09 0.09 
0.33 0.33 
0.17 0.17 
0.15 0.15 
0.93 0.95 
4.61 4.60 

0.29 
0.82 
0.48 
0.35 
0.12 
0.18 
0.08 
0.56 
0.03 
0.09 
0.33 
0.17 
0.16 
0.97 
4.63 

0.29 
0.83 
0.48 
0.35 
0.12 
0.18 
0.08 
0.56 
0.03 
0.09 
0.33 
0.17 
0.16 
0.98 
4.64 

0.29 
0.83 
0.48 
0.35 
0.1 2 
0.1 8 
0.08 
0.55 
0.03 
0.09 
0.33 
0.1 7 
0.1 6 
1 .oo 
4.67 

0.29 
0.84 
0.49 
0.35 
0.12 
0.18 
0.08 
0.55 
0.03 
0.09 
0.33 
0.17 
0.16 
1.02 
4.71 

0.30 
0.85 
0.49 
0.35 
0.12 
0.1 8 
0.08 
0.54 
0.03 
0.09 
0.34 
0.17 
0.17 
1.05 
4.74 

0.30 
0.86 
0.49 
0.35 
0.13 
0.1 8 
0.08 
0.53 
0.03 
0.09 
0.34 
0.17 
0.17 
1.07 
4.77 

3.40 
0.00 
1.33 
0.22 
0.05 
5.00 

0.56 
0.1 1 
0.66 

Liquefied Petroleum Gases 
Space Heating 
Water Heating 
Cooking 
Other Uses 3/ 

Delivered Energy 

0.26 
0.09 
0.03 
0.14 
0.52 

3.28 
0.00 
1.33 
0.22 
0.05 
4.87 

0.50 
0.10 
0.61 

0.26 
0.08 
0.03 
0.16 
0.53 

3.29 
0.00 
1.34 
0.22 
0.05 
4.90 

0.50 
0.10 
0.60 

0.26 
0.08 
0.03 
0.1 6 
0.52 

3.25 3.26 3.28 
0.00 0.00 0.00 
1.36 1.38 1.38 
0.22 0.22 0.22 
0.05 0.05 0.05 
4.89 4.91 4.94 

0.53 0.50 0.50 
0.09 0.09 0.09 
0.62 0.59 0.58 

0.25 0.24 0.24 
0.07 0.07 0.07 
0.03 0.03 0.03 
0.16 0.1 6 0.16 
0.51 0.50 0.50 

3.29 3.27 
0.00 0.00 
1.39 I .38 
0.22 0.22 
0.05 0.05 
4.96 4.92 

0.49 0.48 
0.08 0.08 
0.57 0.56 

0.24 0.23 
0.06 0.06 
0.03 0.03 
0.17 0.17 
0.49 0.49 

3.26 
0.00 
I .37 
0.22 
0.05 
4.91 

0.47 
0.08 
0.55 

0.23 
0.06 
0.03 
0.1 7 
0.49 

3.24 
0.00 
1.37 
0.22 
0.05 
4.88 

0.46 
0.07 
0.53 

0.23 
0.05 
0.03 
0.18 
0.48 

3.24 3.24 3.25 3.24 
0.00 0.00 0.00 0.00 
I .37 1.38 1.38 1.38 
0.22 0.22 0.23 0.23 
0.05 0.05 0.05 0.05 
4.89 4.90 4.91 4.90 

0.45 0.44 0.43 0.42 
0.07 0.07 0.06 0.06 
0.52 0.51 0.50 0.48 

0.23 0.22 0.22 0.22 
0.05 0.05 0.05 0.05 
0.03 0.03 0.03 0.03 
0.1 8 0.1 8 0.1 8 0.1 9 
0.48 0.48 0.48 0.48 
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2022 
84.8 

0.30 
0.86 
0.49 
0.35 
0.13 
0.1 8 
0.08 
0.52 
0.03 
0.09 
0.34 
0.1 7 
0.1 7 
1.09 
4.81 

3.24 
0.00 
1.38 
0.23 
0.05 
4.90 

0.41 
0.06 
0.47 

0.22 
0.05 
0.03 
0.1 9 

2023 
83.6 

0.30 
0.87 
0.49 
0.35 
0.13 
0.18 
0.08 
0.52 
0.03 
0.1 0 
0.35 
0.1 8 
0.1 8 
1.11 
4.85 

3.25 
0.00 
1.38 
0.23 
0.05 
4.91 

0.41 
0.06 
0.46 

0.21 
0.04 
0.03 
0.19 
0.48 

2024 
82.7 

0.30 
0.88 
0.49 
0.35 
0.13 
0.18 
0.08 
0.52 
0.03 
0.1 0 
0.35 
0.1 8 
0.1 8 
1.14 
4.90 

3.26 
0.00 
1.38 
0.23 
0.05 
4.92 

0.40 
0.06 
0.45 

0.21 
0.04 
0.03 
0.19 

2025 
81.6 

0.30 
0.88 
0.49 
0.35 
0.1 3 
0.1 8 
0.08 
0.52 
0.03 
0.10 
0.36 
0.18 
0.18 
1.16 
4.93 

3.25 
0.00 
I .38 
0.23 
0.05 
4.91 

0.39 
0.05 
0.44 

0.21 
0.04 
0.03 
0.20 

2026 
80.7 

0.30 
0.89 
0.49 
0.35 
0.13 
0.18 
0.08 
0.52 
0.03 
0.1 0 
0.36 
0.18 
0.18 
1.18 
4.97 

3.25 
0.00 
1.38 
0.23 
0.05 
4.92 

0.38 
0.05 
0.43 

0.21 
0.04 
0.03 
0.20 

2027 
79.8 

0.30 
0.90 
0.49 
0.35 
0.1 4 
0.1 8 
0.08 
0.51 
0.03 
0.1 0 
0.36 
0.1 8 
0.18 
1.20 
5.01 

3.26 
0.00 
1.38 
0.23 
0.05 
4.92 

0.37 
0.05 
0.43 

0.21 
0.04 
0.03 
0.20 

2028 
79.2 

0.30 
0.90 
0.49 
0.36 
0.1 4 
0.1 8 
0.08 
0.51 
0.03 
0.1 0 
0.37 
0.18 
0.19 
1.22 
5.05 

3.27 
0.00 
1.37 
0.23 
0.05 
4.93 

0.37 
0.05 
0.42 

0.21 
0.04 
0.03 
0.21 

2029 
78.3 

0.30 
0.91 
0.48 
0.36 
0.14 
0.1 8 
0.08 
0.51 
0.03 
0.1 0 
0.37 
0.1 8 
0.1 9 
1.23 
5.08 

3.26 
0.00 
I .37 
0.24 
0.05 
4.92 

0.36 
0.05 
0.41 

0.20 
0.04 
0.03 
0.21 

2030 
77.6 

0.30 
0.92 
0.48 
0.36 
0.14 
0.1 9 
0.08 
0.51 
0.03 
0.1 1 
0.38 
0.1 9 
0.1 9 
1.26 
5.1 2 

3.27 
0.00 
1.36 
0.24 
0.05 
4.92 

0.36 
0.05 
0.40 

0.20 
0.04 
0.03 
0.21 

2031 
76.6 

0.30 
0.93 
0.47 
0.37 
0.1 4 
0.1 9 
0.09 
0.51 
0.03 
0.1 I 
0.38 
0.1 9 
0.1 9 
1.27 
5.1 6 

3.27 
0.00 
1.35 
0.24 
0.06 
4.91 

0.35 
0.05 
0.40 

0.20 
0.04 
0.03 
0.22 

2032 
75.9 

0.30 
0.93 
0.47 
0.37 
0.14 
0.19 
0.09 
0.51 
0.03 
0.1 1 
0.39 
0.1 9 
0.1 9 
1.29 
5.20 

3.27 
0.00 
1.34 
0.24 
0.06 
4.91 

0.35 
0.04 
0.39 

0.20 
0.03 
0.03 
0.22 

2033 
74.7 

0.30 
0.94 
0.46 
0.37 
0.14 
0.1 9 
0.09 
0.51 
0.03 
0.1 1 
0.39 
0.1 9 
0.1 9 
1.30 
5.21 

3.26 
0.00 
1.33 
0.24 
0.06 
4.88 

0.34 
0.04 
0.38 

0.20 
0.03 
0.03 
0.22 

2034 
73.7 

0.29 
0.94 
0.46 
0.38 
0.1 5 
0.1 9 
0.09 
0.51 
0.03 
0.1 1 
0.39 
0.19 
0.19 
1.32 
5.23 

3.25 
0.00 
1.32 
0.24 
0.06 
4.86 

0.33 
0.04 
0.38 

0.20 
0.03 
0.03 
0.22 

2035 
72.6 

0.29 
0.94 
0.45 
0.38 
0.15 
0.1 9 
0.09 
0.51 
0.03 
0.1 1 
0.39 
0.1 9 
0.1 9 
1.33 
5.25 

3.24 
0.00 
1.31 
0.24 
0.06 
4.85 

0.33 
0.04 
0.37 

0.1 9 
0.03 
0.03 
0.23 

0.48 0.48 0.48 0.48 0.48 

-1.6% 

0.1 Yo 
0.5% 
0.2% 
0.1% 

0.1% 
0.4% 

-1.3% 
-0.4% 

1.3% 

0.8% 
0.6% 
0.3% 
1.3% 
1.6% 
0.5% 

0.0% 

0.0% 
0.5% 
0.3% 

- -  

0.0% 

-1.7% 
-3.4% 
-1.9% 

-1.1% 
-3.5% 
-0.7% 
1.5% 

683 0.48 -. .- 0.48 -. .- .. .- .. .- .. .- 0.48 0.48 -. .- 0.48 0.48 0.48 0.48 -0.4%1 
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B I C I D 

685 Marketed Renewables (wood) 4/ 0.44 0.43 0.42 El 686 Other Fuels 5/ 0.03 0.03 0.03 

E I F G I H I I J I K I L M I N 0 P 

0.42 
0.03 

717 Dishwashers I/  0.29 0.29 0.28 
71 8 Color Televisions and Set-Top Boxes 1.05 1.05 1.07 
71 9 Personal Computers and Related Equipmc 0.55 0.56 0.56 
- 720 Furnace Fans and Boiler Circulation PumF 0.43 0.44 0.44 
721 Other Uses 6/ 2.94 2.91 2.99 
722 Total 21.53 21.07 22.06 

- 
703 
704 
705 
706 

- 
- 
- 

- 
71 0 
71 1 
71 2 
71 3 
71 4 

- 
- 
- 
- 

Delivered Energy Consumption by End Use 
Space Heating 
Space Cooling 
Water Heating 
Refrigeration 
Cooking 
Clothes Dryers 
Freezers 
Lighting 
Clothes Washers I/  
Dishwashers I/ 
Color Televisions and Set-Top Boxes 
Personal Computers and Related Equipml 
Furnace Fans and Boiler Circulation Pumr 
Other Uses 6/ 
Delivered Energy 

4.97 4.78 4.78 
0.87 0.83 1.11 
1.96 1.95 1.96 
0.37 0.37 0.36 
0.35 0.35 0.35 
0.24 0.24 0.24 
0.08 0.08 0.08 
0.72 0.71 0.71 
0.03 0.03 0.03 
0.09 0.09 0.09 
0.33 0.34 0.34 
0.17 0.18 0.18 
0.14 0.14 0.14 
1.03 I .03 1.06 

11.36 11 . I2  11.44 

Electricity Related Losses 10.17 9.95 10.62 

5.59 
2.75 
2.89 
1.18 
0.58 
0.65 
0.25 
2.28 
0.1 1 

5.39 
2.62 
2.88 
1 .I5 
0.58 
0.64 
0.25 
2.23 
0.10 

5.40 
3.50 
2.90 
1 .I4 
0.58 
0.64 
0.25 
2.22 
0.1 0 

4.76 
0.80 
I .97 
0.36 
0.36 
0.24 
0.08 
0.70 
0.03 
0.09 
0.34 
0.18 
0.14 
1.05 

11.10 

9.85 

5.35 
2.50 
2.92 
1.13 
0.59 
0.63 
0.24 
2.18 
0.10 
0.28 
1.06 
0.57 
0.45 
2.94 

20.95 

0.41 0.40 0.40 0.40 0.41 0.41 0.41 0.42 0.42 0.42 
0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 

4.72 4.73 4.73 4.70 4.68 4.65 4.64 4.64 4.64 
0.81 0.82 0.83 0.82 0.82 0.83 0.83 0.84 0.85 
1.99 2.00 2.00 1.99 1.98 1.97 1.98 1.98 1.98 
0.36 0.36 0.36 0.35 0.35 0.35 0.35 0.35 0.35 
0.36 0.36 0.36 0.36 0.37 0.37 0.37 0.37 0.38 
0.24 0.24 0.24 0.24 0.24 0.24 0.23 0.23 0.23 
0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 0.08 
0.69 0.62 0.59 0.57 0.56 0.56 0.55 0.55 0.54 
0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 
0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 
0.34 0.34 0.33 0.33 0.33 0.33 0.33 0.33 0.34 
0.18 0.1 7 0.1 7 0.17 0.17 0.17 0.1 7 0.1 7 0.17 
0.15 0.15 0.15 0.15 0.1 6 0.16 0.1 6 0.1 6 0.1 7 
1.07 1.08 1.10 1 .I2 1.14 1.16 1.18 1.20 1.23 

11.12 11 -07 11.06 11.01 11 .oo 10.98 11.00 11 ‘04 11.08 

4.62 
0.86 
1.98 
0.35 
0.38 
0.23 
0.08 
0.53 
0.03 
0.09 
0.34 
0.17 
0.1 7 
1.25 

11.08 

9.451 

9.87 9.66 9.60 9.27 9.34 9.36 9.38 9.41 9.45 

5.31 5.32 5.32 5.27 5.26 5.23 5.23 5.22 5.23 5.21 
2.53 2.54 2.54 2.48 2.48 2.50 2.51 2.52 2.54 2.55 
2.96 2.97 2.98 2.94 2.95 2.94 2.94 2.95 2.96 2.95 
1.13 1.11 1.10 1.06 1.06 1.05 1.04 1.04 1.04 1.03 
0.59 0.60 0.60 0.60 0.61 0.61 0.61 0.62 0.62 0.63 
0.63 0.63 0.63 0.61 0.61 0.60 0.60 0.59 0.59 0.59 
0.24 0.24 0.24 0.24 0.24 0.24 0.24 0.24 0.24 0.24 
2.16 1.90 1.80 1.72 1.70 1.68 1.67 1.66 1.61 1.57 
0.10 0.10 0.09 0.09 0.09 0.09 0.08 0.08 0.08 0.08 
0.28 0.28 0.28 0.27 0.27 0.27 0.27 0.28 0.28 0.28 
1.06 1.04 1.03 1 .oo 1 .oo 1 .oo 1 .oo 1 .oo 1.01 1.01 
0.55 0.53 0.53 0.51 0.51 0.51 0.51 0.51 0.52 0.52 
0.46 0.46 0.47 0.46 0.47 0.48 0.48 0.49 0.49 0.51 
2.98 3.00 3.04 3.03 3.09 3.14 3.20 3.25 3.32 3.37 

20.99 20.72 20.66 20.28 20.34 20.33 20.38 20.45 20.53 20.52 
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722 20.56 20.62 20.72 20.76 20.85 20.93 21.07 21.1 3 

2022 

0.42 
0.02 

4.61 
0.86 
I .98 
0.35 
0.38 
0.23 
0.08 
0.52 
0.03 
0.09 
0.34 
0.17 
0.1 7 
1.28 

11.11 

9.45 

5.20 
2.56 
2.94 
I .02 
0.63 
0.58 
0.24 
1.55 
0.08 
0.28 
1.02 
0.52 
0.51 
3.43 

I 

2023 

0.42 
0.02 

4.61 
0.87 
1.98 
0.35 
0.38 
0.23 
0.08 
0.52 
0.03 
0.1 0 
0.35 
0.1 8 
0.18 
1.30 
11.14 

9.47 

5.1 9 
2.57 
2.94 
1.02 
0.63 
0.58 
0.24 
1.54 
0.08 
0.28 
1.03 
0.52 
0.52 
3.48 

2024 

0.42 
0.02 

4.61 
0.88 
1.98 
0.35 
0.39 
0.23 
0.08 
0.52 
0.03 
0.1 0 
0.35 
0.1 8 
0.1 8 
1.33 

11 '20 

9.52 

5.1 9 
2.58 
2.94 
1.03 
0.64 
0.58 
0.24 
1.53 
0.08 
0.29 
I .04 
0.52 
0.52 
3.54 

2025 

0.42 
0.02 

4.59 
0.88 
1.97 
0.35 
0.39 
0.23 
0.08 
0.52 
0.03 
0.1 0 
0.36 
0.1 8 
0.1 8 
1.35 
11.21 

9.55 

5.1 7 
2.60 
2.92 
I .03 
0.64 
0.58 
0.24 
1.52 
0.08 
0.29 
1.04 
0.52 
0.53 
3.59 

2026 

0.42 
0.02 

4.59 
0.89 
1.96 
0.35 
0.39 
0.23 
0.08 
0.52 
0.03 
0.1 0 
0.36 
0.1 8 
0.1 8 
1.38 
11.24 

9.61 

5.1 7 
2.61 
2.91 
1.03 
0.65 
0.58 
0.24 
1.51 
0.08 
0.29 
1.05 
0.53 
0.53 
3.65 

2027 

0.42 
0.02 

4.58 
0.90 
1.95 
0.35 
0.39 
0.24 
0.08 
0.51 
0.03 
0.1 0 
0.36 
0.1 8 
0.1 8 
1.40 
11.27 

9.66 

5.1 6 
2.63 
2.89 
I .04 
0.65 
0.59 
0.24 
1.51 
0.08 
0.30 
1.06 
0.53 
0.54 
3.71 

2028 2029 

0.43 0.42 
0.02 0.02 

4.59 4.57 
0.90 0.91 
1.95 I .93 
0.36 0.36 
0.40 0.40 
0.24 0.24 
0.08 0.08 
0.51 0.51 
0.03 0.03 
0.1 0 0.1 0 
0.37 0.37 
0.1 8 0.1 8 
0.1 9 0.1 9 
1.43 1.44 
11.33 11.33 

9.74 9.80 

5.1 7 5.1 5 
2.65 2.67 
2.89 2.86 
1.05 1.06 
0.66 0.67 
0.59 0.59 
0.25 0.25 
1.51 1.50 
0.08 0.08 
0.30 0.31 
1.08 1.09 
0.54 0.54 
0.54 0.55 
3.78 3.83 

2030 

0.42 
0.02 

4.57 
0.92 
1.92 
0.36 
0.40 
0.24 
0.08 
0.51 
0.03 
0.1 1 
0.38 
0.19 
0.1 9 
1.47 
11.36 

9.86 

5.14 
2.68 
2.84 
1.06 
0.67 
0.60 
0.25 
1.50 
0.08 
0.31 
1.10 
0.54 
0.55 
3.89 
21.22 

2031 

0.42 
0.02 

4.56 
0.93 
1.90 
0.37 
0.40 
0.24 
0.09 
0.51 
0.03 
0.1 1 
0.38 
0.19 
0.1 9 
1.49 
11.38 

9.84 

5.1 3 
2.69 
2.80 
1.07 
0.67 
0.60 
0.25 
1.49 
0.08 
0.31 
1.11 
0.54 
0.55 
3.92 

2032 

0.42 
0.02 

4.56 
0.93 
1.89 
0.37 
0.41 
0.24 
0.09 
0.51 
0.03 
0.1 1 
0.39 
0.1 9 
0.19 
1.51 
11.43 

9.87 

5.1 3 
2.70 
2.78 
1.08 
0.68 
0.60 
0.25 
1.49 
0.08 
0.32 
1.12 
0.55 
0.55 
3.97 

21.23 21 -29 

2033 2034 2035 

0.42 0.42 0.42 
0.02 0.02 0.02 

4.53 4.51 
0.94 0.94 
1.87 1.85 
0.37 0.38 
0.41 0.41 
0.24 0.24 
0.09 0.09 
0.51 0.51 
0.03 0.03 
0.1 1 0.1 1 
0.39 0.39 
0.1 9 0.1 9 
0.1 9 0.1 9 
1.53 1.54 
11.40 11.39 

4.50 
0.94 
1.84 
0.38 
0.41 
0.24 
0.09 
0.51 
0.03 
0.1 1 
0.39 
0.1 9 
0.1 9 
I .56 
11.40 

9.81 9.79 9.73 

5.09 
2.70 
2.74 
1.08 
0.68 
0.60 
0.25 
1.48 
0.08 
0.32 
1.12 
0.55 
0.55 
3.98 
21.21 

5.06 5.04 
2.70 2.68 
2.71 2.68 
1.08 1.09 
0.68 0.69 
0.60 0.59 
0.25 0.25 
1.47 1.45 
0.08 0.08 
0.32 0.32 
1.12 1.12 
0.55 0.55 
0.55 0.55 
4.01 4.02 
21.1 8 21.12 

-0.1 Yo 
-1.4% 

-0.2% 
0.5% 

-0.2% 
0.1% 
0.6% 
0.1% 
0.4% 

-1.3% 
-0.4% 
0.8% 
0.6% 
0.3% 
1.3% 
1.6% 
0.1 % 

-0.1 Yo 

-0.3% 
0.1% 

-0.2% 
0.7% 

-0.3% 
0.0% 

-1.6% 
-0.8% 
0.5% 
0.2% 

-0.1 Yo 
0.9% 

0.0% 

-0.3% 

1.3% 



- 
- 

1 
723 
724 
725 
726 
727 
728 
729 
730 
73 1 
732 

- 
- 
- 
- 
- 
- 
- 
- 
- 

B C D E F G H 1 J K 1 M N 0 P 

Nonmarketed Renewables 7/ 
Geothermal Heat Pumps 
Solar Hot Water Heating 
Solar Photovoltaic 
Wind 
Total 

740 
741 
742 
743 
744 
745 
746 ' 
747 
748 
749 
750 
75 1 
752 
753 
754 
755 
756 
757 
758 
759 
760 
761 
762 
763 

0.00 0.01 0.01 0.01 0.01 0.02 0.02 0.02 0.02 0.03 0.03 0.03 0.03 0.03 

0.00 0.00 0.01 0.01 0.02 0.02 0.03 0.04 0.04 0.04 0.04 0.04 0.04 0.04 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 

0.00 0.00 0.00 0.00 0.00 0.00 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 
0.01 0.01 0.02 0.03 0.04 0.05 0.06 0.07 0.08 0.08 0.08 0.08 0.09 0.09 

61 Includes all other uses listed above. 
7/ Represents delivered energy displaced. 
Btu = British thermal unit. 
- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Source: 2008 and 2009 based on: US. Energy Information Administration (EIA), Annual Energy 
are model results and may differ slightly from official EIA data reports. 

Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0). Projections: EIA, AE0201 I National Energy Modeling System run cesbingbk.dlOO611 a. 

11 Does not include water heating portion of load. 
2/ Includes small electric devices, heating elements, and motors not listed above. 
31 Includes such appliances as outdoor grills and mosquito traps. 
41 Includes wood used for Drimatv and secondatv heating in wood stoves or fireplaces as reported in the Residential Energy Consumption 
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Q R S T U v W X Y z I AA I AB I AC I AD I AE 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

0.03 0.03 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.05 0.05 8.7% 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.01 0.01 0.01 0.01 0.01 0.01 0.01 2.1% 
0.04 0.04 0.04 0.04 0.04 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 0.05 9.9% 
0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 11.1% 
0.09 0.09 0.09 0.09 0.09 0.1 0 0.1 0 0.1 0 0.1 0 0.1 0 0.1 0 0.1 1 0.1 1 0.1 1 8.4% 

753 
754 
755 
756 
757 
758 
759 
760 
761 
762 
763 
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- I 
764 
765 
766 
767 
768 
769 
770 
771 
772 
773 
774 
775 
776 
777 
778 
779 
780 
78 1 
782 
783 
784 
785 
786 
787 
788 
789 
790 
79 1 
792 

' 793 
794 
795 
796 
797 
798 

1 799 
800 
801 

- 

- 

- 
- 

- 

- 
- 
- 

- 

- 
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B I C D E I F I G I H I I I J I K I L M I N I 0 I P 
cesbingbk.dl0061 l a  2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

5. Commercial Sector Key Indicators and Consumption 
(quadrillion Btu, unless otherwise noted) 



1 
Q R S T U I v W X I Y I Z I AA I AB I AC I AD I AE 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 
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801 
802 2009. 



B C I D E I F I G H I I I J K I L I M I N 0 P 
I cesbingbk.dl0061 la 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

806 
- 807 
- 808 
809 

- 

- 

Total Floorspace (billion square feet) 
Surviving 
New Additions 

76.4 
2.4 
78.8 

77.9 
2.3 
80.2 

79.2 
2.0 
81.2 

80.3 
1.7 
82.0 

81 .I 
1.7 
82.7 

81.8 82.6 
1.7 1.8 
83.5 84.4 

83.4 
2.0 
85.5 

84.5 
2.1 
86.6 

85.6 
2.2 
87.8 

86.8 
2.2 
89.0 

88.0 89.2 
2.2 2.2 
90.2 91.4 

90.3 
2.2 
92.5 

102.3 
112.5 
21 4.8 

0.1 7 
0.54 
0.09 
0.61 
0.02 
1.10 
0.36 
0.19 
0.37 
1.81 
5.26 

1.70 
0.04 
0.55 
0.21 
1 .oo 
3.50 

Total 

Energy Consumption Intensity 
(thousand Btu per square foot) 

Delivered Enerav ConsumDtion 103.3 102.8 
113.5 11 3.2 
21 6.8 21 6.0 

109.1 
125.0 
234.1 

105.9 
120.6 
226.4 

104.8 
121.3 
226.0 

105.6 
120.0 
225.5 

105.6 
11 9.3 
224.9 

105.7 106.1 
11 8.2 1 18.0 
224.0 224.0 

1 05.4 
114.2 
21 9.6 

104.5 
114.5 
21 9.0 

104.0 
114.4 
21 8.4 

103.6 
114.0 
21 7.6 

Electricity Relarid Losses ' 
Total Energy Consumption 

Delivered Energy Consumption by Fuel 

Purchased Electricity 
%ace Heatina I /  0.1 7 

0.53 
0.09 
0.57 
0.02 
1.05 
0.36 
0.19 
0.33 
1.60 
4.91 

0.1 7 
0.53 
0.09 
0.58 
0.02 
1.06 
0.36 
0.1 9 
0.34 
1.64 
4.98 

0.1 7 
0.53 
0.09 
0.58 
0.02 
1.07 
0.36 
0.1 9 
0.35 
1.68 
5.06 

0.17 0.1 7 
0.53 0.53 
0.09 0.09 
0.59 0.60 
0.02 0.02 
I .08 1.09 
0.36 0.36 
0.19 0.19 
0.36 0.37 
1.72 1.77 
5.1 3 5.20 

0.18 
0.49 
0.09 
0.50 
0.02 
I .04 
0.40 
0.22 
0.24 
1.37 
4.56 

0.18 
0.47 
0.09 
0.50 
0.02 
1.03 
0.40 
0.22 
0.25 
1.35 
4.51 

0.18 
0.58 
0.09 
0.51 
0.02 
1.02 
0.39 
0.21 
0.26 
1.33 
4.60 

0.1 7 
0.51 
0.09 
0.52 
0.02 
1.03 
0.39 
0.20 
0.27 
1.41 
4.63 

0.17 
0.52 
0.09 
0.53 
0.02 
1.03 
0.38 
0.19 
0.28 
1.45 
4.67 

0.1 7 0.17 
0.52 0.53 
0.09 0.09 
0.54 0.55 
0.02 0.02 
1.03 1.04 
0.37 0.37 
0.1 9 0.19 
0.29 0.30 
1.48 1.52 
4.72 4.78 

0.17 
0.53 
0.09 
0.56 
0.02 
1.04 
0.36 
0.1 9 
0.32 
1.56 
4.85 

Space Coolin; I/  
Water Heating I/  

Delivered Energy 
832 

Natural Gas 
Space Heating I /  
Space Cooling I/  
Water Heating I/ 
Cooking 
Other Uses 3/ 

Delivered Energy 

1.56 
0.03 
0.44 
0.17 
I .02 
3.22 

1.61 
0.03 
0.45 
0.17 
0.94 
3.20 

1.62 
0.04 
0.46 
0.1 8 
0.88 
3.1 8 

1.65 
0.04 
0.47 
0.18 
0.96 
3.31 

1.66 
0.04 
0.48 
0.19 
0.97 
3.34 

1.68 I .71 
0.04 0.04 
0.49 0.51 
0.19 0.20 
0.98 1 .oo 
3.39 3.45 

I .70 
0.04 
0.51 
0.20 
0.99 
3.44 

1.69 
0.04 
0.51 
0.20 
0.99 
3.42 

1.69 
0.04 
0.52 
0.20 
0.98 
3.43 

1.70 
0.04 
0.53 
0.20 
0.99 
3.45 

1.71 1.71 
0.04 0.04 
0.53 0.54 
0.21 0.21 
0.99 1 .oo 
3.48 3.49 

Distillate Fuel Oil 
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Q R S T U v W X Y z I AA I AB I AC I AD I A€ 
1 1 1  2022 

2022 

91.5 
2.2 
93.7 

101.8 
111.7 
21 3.5 

0.1 7 
0.54 
0.09 
0.62 
0.02 
1.10 
0.36 
0.19 
0.38 
1.85 
5.33 

1.70 
0.04 
0.55 
0.21 
1.01 
3.51 

2023 
2023 

92.6 
2.2 
94.9 

101.4 
111.0 
21 2.5 

0.17 
0.54 
0.09 
0.62 
0.02 
1.11 
0.36 
0.19 
0.39 
I .89 
5.39 

1.71 
0.04 
0.56 
0.21 
1.01 
3.53 

2024 
2024 

93.8 
2.3 
96.1 

101 .o 
110.4 
21 I .5 

0.17 
0.55 
0.09 
0.63 
0.02 
1.12 
0.36 
0.19 
0.39 
1.93 
5.46 

1.71 
0.03 
0.57 
0.22 
1.02 
3.54 

2025 
2025 

95.0 
2.3 
97.3 

100.7 
11 0.2 
21 0.9 

0.1 7 
0.55 
0.09 
0.63 
0.02 
1.13 
0.36 
0.1 9 
0.40 
I .98 
5.53 

1.71 
0.03 
0.57 
0.22 
I .03 
3.56 

2026 
2026 

96.2 
2.3 
98.5 

100.4 
110.0 
21 0.4 

0.1 7 
0.55 
0.09 
0.64 
0.02 
1.13 
0.36 
0.20 
0.41 
2.02 
5.60 

1.71 
0.03 
0.58 
0.22 
1.04 
3.59 

2027 
2027 

97.4 
2.4 
99.8 

100.1 
109.7 
209.8 

0.1 7 
0.55 
0.09 
0.64 
0.02 
1.14 
0.36 
0.20 
0.42 
2.07 
5.67 

1.71 
0.03 
0.58 
0.22 
1.06 
3.61 

2028 
2028 

98.6 
2.4 

101 .o 

99.8 
109.5 
209.3 

0.17 
0.56 
0.09 
0.64 
0.02 
1.14 
0.36 
0.20 
0.43 
2.1 1 
5.74 

1.72 
0.03 
0.59 
0.23 
I .07 
3.64 

2029 
2029 

99.8 
2.4 

102.2 

99.6 
109.6 
209.1 

0.1 7 
0.56 
0.09 
0.65 
0.02 
1.15 
0.37 
0.20 
0.43 
2.1 6 
5.80 

I .72 
0.03 
0.60 
0.23 
1.09 
3.67 

2030 
2030 

101.1 
2.4 

103.5 

99.4 
109.3 
208.7 

0.1 7 
0.56 
0.09 
0.65 
0.02 
1.15 
0.37 
0.20 
0.44 
2.21 
5.87' 

1.72 
0.03 
0.60 
0.23 
1.12 
3.71 

2031 
2031 

102.3 
2.4 

104.7 

99.2 
108.3 
207.6 

0.1 7 
0.57 
0.09 
0.65 
0.02 
1.16 
0.37 
0.21 
0.44 
2.26 
5.94 

1.73 
0.03 
0.61 
0.23 
1.14 
3.74 

2032 
2032 

103.5 
2.4 

105.9 

99.0 
107.6 
206.7 

0.1 7 
0.57 
0.09 
0.65 
0.02 
1.17 
0.37 
0.21 
0.45 
2.30 
6.01 

1.73 
0.03 
0.61 
0.24 
1.17 
3.78 

2033 
2033 

104.7 
2.5 

107.2 

98.6 
106.5 
205.1 

0.17 
0.58 
0.09 
0.65 
0.02 
1.17 
0.38 
0.21 
0.45 
2.35 
6.06 

1.72 
0.03 
0.61 
0.24 
1.20 
3.81 

2034 
2034 

106.0 
2.5 

108.4 

98.2 
105.4 
203.6 

0.1 7 
0.58 
0.09 
0.65 
0.02 
1.16 
0.38 
0.21 
0.46 
2.39 
6.1 1 

1.71 
0.03 
0.62 
0.24 
I .23 
3.83 

2035 
2035 

107.2 
2.5 

109.7 

97.7 
103.8 
201.5 

0.17 
0.58 
0.09 
0.65 
0.02 
1.16 
0.38 
0.21 
0.46 
2.43 
6.14 

1.70 
0.03 
0.62 
0.24 
1.27 
3.87 

2035 

1.2% 
0.4% 
1.2% 

-0.3% 
-0.6% 
-0.4% 

-0.3% 
0.8% 

-0.2% 
1 .O% 

-0.2% 
0.4% 

-0.2% 
-0.1 % 
2.4% 
2.3% 
1.2% 

0.2% 
0.5% 
1.2% 
1.3% 
1.2% 
0.7% 
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B C D E F G H I J K L M N 0 
I I Icesbinabk.dlOO611 a 2008 

880 I Solar Photovoltaic 0.00 0.00 . .. . .. 0.00 0.00 . .. . .~ 0.01 0.01 0.01 0.01 0.01 0.01 

Y 

Space Heating I /  
Water Heating I/ 

I 

18451 Delivered Energy 

860 
861 

863 
862 - 

Marketed Renewables (biomass) 

Consumption -y End L e  
%ace Heatina I/  

Other Uses 6/ 
Delivered Energy 

Electricity Related Losses 

865 Total Energy Consumption by End Use 
866 Space Heating I /  
867 Space Cooling I/  w 868 Water Heatina I/  

Y 

Offici Equipment (PC) 
Office Equipment (non-PC) 

0.15 
0.02 
0.20 
0.37 

0.1 1 
0.34 

1.89 
0.52 
0.55 
0.50 
0.1 9 
1.04 
0.40 
0.22 
0.24 
3.04 
8.60 

9.85 

2.28 
1.58 
0.75 
1.57 
0.24 
3.29 
1.28 
0.70 
0.75 
6.00 
18.44 

0.02 

2009 
0.16 
0.02 
0.16 
0.34 

0.1 1 
0.33 

1.94 
0.51 
0.56 
0.50 
0.20 
1.03 
0.40 
0.22 
0.25 
2.89 
8.49 

9.66 

2.32 
1.52 
0.76 
1.58 
0.25 
3.24 
I .25 
0.68 
0.78 
5.77 
18.1 5 

0.03 

201 0 
0.14 
0.02 
0.17 
0.32 

0.1 1 
0.29 

1.93 
0.62 
0.57 
0.51 
0.20 
1.02 
0.39 
0.21 
0.26 
2.78 
8.51 

9.85 

2.31 
1.87 
0.76 
1.60 
0.25 
3.21 
1.23 
0.66 
0.82 
5.63 
18.35 

0.03 

201 1 
0.15 
0.02 
0.13 
0.30 

0.1 1 
0.31 

1.97 
0.55 
0.58 
0.52 
0.21 
1.03 
0.39 
0.20 
0.27 
2.94 
8.66 

9.84 

2.34 
1.64 
0.78 
1.63 
0.26 
3.20 
1.21 
0.64 
0.85 
5.94 
18.49 

0.03 

201 2 
0.14 
0.02 
0.13 
0.29 

0.1 1 
0.33 

1.97 
0.56 
0.59 
0.53 
0.21 
1.03 
0.38 
0.19 
0.28 
2.99 
8.74 

9.87 

2.33 
1.65 
0.79 
1.66 
0.26 
3.21 
1.18 
0.61 
0.87 
6.05 
18.61 

0.03 

201 3 
0.14 
0.02 
0.13 
0.29 

0.1 1 
0.32 

1.99 
0.56 
0.60 
0.54 
0.21 
1.03 
0.37 
0.19 
0.29 
3.03 
8.83 

9.87 

2.35 
1.65 
0.80 
1.68 
0.26 
3.1 9 
1 . I 5  
0.59 
0.90 
6.13 
18.70 

0.03 

201 4 
0.13 
0.02 
0.13 
0.29 

0.1 1 
0.32 

2.02 
0.56 
0.62 
0.55 
0.22 
1.04 
0.37 
0.1 9 
0.30 
3.08 
8.95 

9.96 

2.37 
1.66 
0.82 
I .70 
0.27 
3.20 
1 .I4 
0.58 
0.93 
6.24 
18.91 

0.03 

201 5 
0.13 
0.02 
0.13 
0.28 

0.1 1 
0.33 

2.00 
0.56 
0.62 
0.56 
0.22 
1.04 
0.36 
0.19 
0.32 
3.12 
9.00 

9.76 

2.35 
1.63 
0.81 
1.69 
0.27 
3.15 
1.10 
0.57 
0.95 
6.25 
18.76 

0.03 

201 6 
0.13 
0.02 
0.13 
0.28 

0.1 I 
0.33 

1.99 
0.56 
0.62 
0.57 
0.22 
1.05 
0.36 
0.19 
0.33 
3.15 
9.05 

9.91 

2.34 
1.63 
0.81 
1.71 
0.27 
3.17 
I .09 
0.57 
0.99 
6.38 
18.97 

0.03 

201 7 
0.1 3 
0.02 
0.1 3 
0.28 

0.1 1 
0.33 

I .99 
0.56 
0.63 
0.58 
0.22 
1.06 
0.36 
0.19 
0.34 
3.19 
9.1 3 

10.04 

2.34 
1.63 
0.82 
1.74 
0.27 
3.20 
I .08 
0.57 
1.03 
6.50 
19.1 7 

0.03 

201 8 
0.12 
0.02 
0.13 
0.27 

0.1 1 
0.33 

2.00 
0.57 
0.64 
0.58 
0.23 
1.07 
0.36 
0.1 9 
0.35 
3.24 
9.22 

10.14 

2.34 
I .63 
0.83 
1.76 
0.27 
3.22 
1.08 
0.57 
1.06 
6.61 
19.36 

0.03 

201 9 
0.12 
0.02 
0.1 3 
0.27 

0.1 1 
0.33 

2.00 
0.57 
0.65 
0.59 
0.23 
1.08 
0.36 
0.19 
0.36 
3.29 
9.32 

10.24 

2.35 
1.63 
0.83 
1.78 
0.28 
3.24 
1.07 
0.57 
1.08 
6.73 
19.56 

0.03 

2020 
0.1 2 
0.02 
0.1 3 
0.27 

0.1 1 
0.33 

2.00 
0.57 
0.65 
0.60 
0.23 
1.09 
0.36 
0.1 9 
0.37 
3.33 
9.39 

10.35 

2.35 
1.64 
0.84 
1.80 
0.28 
3.26 
I .07 
0.57 
1.10 
6.85 
19.74 

0.03 

2021 
0.1 2 
0.02 
0.1 3 
0.26 

0.1 1 
0.33 

2.00 
0.57 
0.66 
0.61 
0.23 
1.10 
0.36 
0.1 9 
0.37 
3.38 
9.47 

10.41 

2.34 
1.64 
0.85 
1.81 
0.28 
3.27 
1.06 
0.57 
1.11 
6.96 
19.88 

0.03 
0.00 0.00 0.00 0.00 



Q R S T U v W X Y Z 
2022 
0.1 2 
0.02 
0.1 3 
0.26 

0.1 1 
0.33 

2.00 
0.58 
0.66 
0.62 
0.23 
1.10 
0.36 
0.1 9 
0.38 
3.43 
9.54 

10.46 

2.34 
I .64 
0.85 
1.82 
0.28 
3.27 
1.06 
0.56 
1.13 
7.06 
20.01 

0.03 

AA I AB I AC I AD I AE 
2023 
0.1 2 
0.02 
0.1 3 
0.26 

0.1 1 
0.33 

2.00 
0.58 
0.67 
0.62 
0.24 
1.11 
0.36 
0.19 
0.39 
3.48 
9.62 

10.54 

2.34 
1.64 
0.85 
1.83 
0.28 
3.28 
1.05 
0.56 
1 . I4  
7.1 7 
20.1 6 

0.03 

2024 
0.1 I 
0.02 
0.13 
0.26 

0.1 1 
0.33 

1.99 
0.58 
0.68 
0.63 
0.24 
1.12 
0.36 
0.19 
0.39 
3.53 
9.71 

10.61 

2.33 
I .64 
0.86 
1.84 
0.28 
3.29 
I .05 
0.57 
1.16 
7.29 
20.32 

0.03 

2025 
0.1 1 
0.02 
0.13 
0.26 

0.1 1 
0.34 

1.99 
0.58 
0.68 
0.63 
0.24 
1.13 
0.36 
0.19 
0.40 
3.58 
9.80 

10.72 

2.33 
1.65 
0.86 
I .86 
0.29 
3.31 
1.05 
0.57 
1.18 
7.42 
20.52 

0.03 

2026 
0.1 1 
0.02 
0.13 
0.25 

0.1 1 
0.34 

2.00 
0.59 
0.69 
0.64 
0.24 
1.13 
0.36 
0.20 
0.41 
3.64 
9.89 

10.84 

2.33 
1.65 
0.87 
1.87 
0.29 
3.32 
1.06 
0.58 
1.20 
7.56 
20.73 

0.03 

2027 2028 
0.1 1 0.1 1 
0.02 0.02 
0.13 0.1 3 
0.25 0.25 

0.1 1 0.1 I 
0.34 0.34 

0.59 
0.69 
0.64 
0.25 
1.14 
0.36 
0.20 
0.42 
3.70 
9.98 

10.95 

2.33 
1.66 
0.87 
1.88 
0.29 
3.34 
1.06 
0.58 
1.22 
7.69 

2.00 2.00 
0.59 
0.70 
0.64 
0.25 
1.14 
0.36 
0.20 
0.43 
3.76 
0.08 

1.06 

2.33 
I .66 
0.88 
1.88 
0.29 
3.35 
I .07 
0.59 
1.24 
7.84 

20.93 21.14 

0.03 0.03 

2029 
0.1 1 
0.02 
0.13 
0.25 

0.1 1 
0.34 

2.00 
0.59 
0.71 
0.65 
0.25 
1.15 
0.37 
0.20 
0.43 
3.83 
10.1 8 

11.20 

2.34 
1.67 
0.88 
1.90 
0.29 
3.37 
1.07 
0.59 
1.26 
8.00 
21.38 

0.03 

2030 
0.1 1 
0.02 
0.1 3 
0.25 

0.1 1 
0.34 

2.00 
0.60 
0.71 
0.65 
0.25 
1.15 
0.37 
0.20 
0.44 
3.90 
10.28 

11.31 

2.34 
1.68 
0.89 
1.90 
0.30 
3.38 
1.08 
0.60 
1.28 
8.1 5 
21.59 

0.03 

2031 
0.1 1 
0.02 
0.13 
0.25 

0.1 1 
0.34 

2.00 
0.60 
0.72 
0.65 
0.26 
1.16 
0.37 
0.21 
0.44 
3.98 
10.39 

11.34 

2.33 
1.68 
0.89 
1.90 
0.30 
3.38 
1.08 
0.60 
1.29 
8.28 
21.73 

0.03 
0.01 

2032 
0.1 0 
0.02 
0.1 3 
0.25 

0.1 1 
0.34 

2.00 
0.61 
0.72 
0.65 
0.26 
1.17 
0.37 
0.21 
0.45 
4.05 
10.49 

11.41 

2.33 
1.69 
0.89 
1.90 
0.30 
3.38 
1.08 
0.60 
1.30 
8.42 
21.89 

0.03 
0.01 

2033 
0.1 0 
0.02 
0.1 3 
0.25 

0.1 1 
0.34 

1.99 
0.61 
0.72 
0.65 
0.26 
1.17 
0.38 
0.21 
0.45 
4.13 
10.57 

11.42 

2.31 
1.70 
0.89 
1.89 
0.30 
3.36 
1.08 
0.60 
1.31 
8.55 
21.99 

0.03 
0.01 

2034 
0.1 0 
0.02 
0.1 3 
0.25 

0.1 1 
0.34 

1.98 
0.61 
0.72 
0.65 
0.26 
1.16 
0.38 
0.21 
0.46 
4.21 
10.64 

11.43 

2.30 
I .69 
0.89 
1.87 
0.30 
3.34 
1.08 
0.60 
1.31 
8.68 
22.07 

0.03 
0.01 

2035 
0.1 0 
0.02 
0.13 
0.25 

0.1 1 
0.35 

1.97 
0.61 
0.72 
0.65 
0.26 
1.16 
0.38 
0.21 
0.46 
4.29 
10.72 

11.39 

2.28 
1.68 
0.89 
1.85 
0.30 
3.31 
1.08 
0.59 
1.32 
8.80 
22.1 0 

0.03 
0.01 

-1.6% 
-0.3% 
-1 .O% 
-1.2% 

0.0% 
0.2% 

0.1 Yo 
0.7% 
1 .O% 
1 .O% 
1.1% 
0.4% 

-0.2% 
-0.1 Yo 
2.4% 
1.5% 
0.9% 

0.6% 

-0.1 Yo 
0.4% 
0.6% 
0.6% 
0.8% 
0.1 Yo 

-0.6% 
-0.5% 
2.0% 
1.6% 
0.8% 

0.8% 
4.6%1 0.01 880 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 1 
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B I C D I E I F G 1 H I 

898 systems. H 899 Btu = British thermal unit. 

J K L I M I N 0 P 

- 
900 
901 
902 
903 
904 
905 
906 
907 
908 
909 
91 0 
91 1 
91 2 
91 3 
91 4 
91 5 
91 6 
91 7 
91 8 
91 9 
920 
921 
922 

- 
- - 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 

PC = Personal computer. 
- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Source: 2008 and 2009 based on: US. Energy Information Administration (EIA), Annual Energy 
are model results and may differ slightly from official EIA data reports. 

Review 2009, DOEIEIA-0384(2009) (Washington, DC, August 201 0). Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO611 a. 

1 
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- 1 

- 882 
883 
884 

- 881 

- 
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Q R 5 I T U I v W X I Y I Z I AA I AB I AC I AD I AE 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

0.03 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 1.6% 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 6.0% 

885 
886 
887 
888 
889 
890 
89 1 
892 
893 
894 
895 
896 
897 
898 
899 
900 
901 
902 
903 
904 
905 
906 
907 
908 
909 
91 0 
91 1 
91 2 
91 3 
91 4 
91 5 
91 6 
91 7 
91 8 
91 9 
920 
921 
922 

- 
- 
- 
- 
- - 
- 
- 
- 
- - 
- 
- 
- - 
- 
- 
- 
- - 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 



i 

~ 

950 6. Industrial Sector Key Indicators and Consumption 

B I C I D I E F I G I H I I I J I K I L I M I N I 0 P 
cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

953 Shipments, Prices, and Consumption 
~ 

Value of Shipments 
(billion 2005 dollars) 

istruction 

2008 2009 

4680 41 97 
2039 1821 
6720 601 7 

201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

4451 471 6 491 9 5200 5230 5239 5248 531 0 5387 5471 5557 563: 
1793 1845 1979 2094 21 47 2206 2241 2263 2286 231 3 2337 234E 
6244 6562 6898 7294 7377 7445 7488 7573 7673 7784 7894 7982 
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Q R S T U v W X Y z I AA I AB I AC I AD I AE 

2009 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 203f 

5704 5781 5859 5944 601 7 6091 61 58 6233 6322 6401 6466 6538 6606 6671 1.87 
2371 2389 2397 241 9 2439 2450 2452 2456 2475 2496 251 4 2532 2563 2583 1.47 
8075 81 70 8256 8363 8455 8541 861 0 8689 8797 8897 8981 9070 91 69 9254 1.79 
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B 
I I Icesbinabk.dl00611a 2008 

C D E F G H I J K L M 

v 

(2009 dollars per million Btu) 
Liquefied Petroleum Gases 
Motor Gasoline 
Distillate Fuel Oil 
Residual Fuel Oil 
AsDhalt and Road Oil 

24.95 
16.48 
22.57 
16.26 
8.35 

Natural Gas Heat and Power 8.1 7 
Natural Gas Feedstock 9.86 

Other Industrial Coal 2.93 

Electricity 19.97 
(nominal dollars per million Btu) 

Metallurgical Coal 4.53 

Coal to Liquids - -  

Liquefied Petroleum Gases 
Motor Gasoline 
Distillate Fuel Oil 
Residual Fuel Oil 
Asphalt and Road Oil 
Natural Gas Heat and Power 
Natural Gas Feedstock 
Metallurgical Coal 
Other Industrial Coal 
Coal to Liquids 
Electricity 

24.72 
16.33 
22.36 
16.11 
8.27 
8.10 
9.77 
4.49 
2.90 

19.79 
- -  

Energy Consumption I/ (quadrillion Btu) 
Industrial Consumption Excluding Refining 
Liquefied Petroleum Gases Heat and Pol 0.23 
Liquefied Petroleum Gases Feedstocks 1.85 
Motor Gasoline 0.25 
Distillate Fuel Oil 1.26 
Residual Fuel Oil 0.19 
Petrochemical Feedstocks 1.12 

0.35 
1.01 
0.48 

Petroleum Coke 
Asphalt and Road Oil 
Miscellaneous Petroleum 2/ 

Petroleum Subtotal 6.74 

2009 

20.59 
16.59 
16.56 
12.05 
6.52 
4.48 
6.03 
5.43 
3.05 

19.79 

20.59 
16.59 
16.56 
12.05 
6.52 
4.48 
6.03 
5.43 
3.05 

19.79 

- -  

- -  

0.21 
I .79 
0.25 
1.16 
0.1 6 
0.90 
0.28 
0.87 
0.27 
5.88 

201 0 

22.10 
19.78 
18.90 
12.32 
6.68 
4.03 
5.56 
6.19 
3.06 

18.89 

22.29 
19.95 
19.06 
12.42 
6.73 
4.07 
5.60 
6.24 
3.09 

19.06 

- -  

- -  

0.20 
1.92 
0.25 
1.19 
0.17 
0.97 
0.22 
0.85 
0.28 
6.05 

201 1 

27.91 
21.97 
19.79 
13.35 
7.24 
4.08 
5.60 
6.10 
3.01 

17.87 

28.53 
22.46 
20.23 
13.65 
7.40 
4.17 
5.72 
6.23 
3.08 

18.27 

- -  

- -  

0.23 
1.96 
0.27 
1.19 
0.17 
1.06 
0.22 
0.90 
0.29 
6.29 

201 2 

22.06 
23.31 
18.09 
13.59 
6.83 
3.93 
5.49 
6.07 
2.98 

17.61 

22.82 
24.1 1 
18.71 
14.06 
7.06 
4.06 
5.68 
6.28 
3.08 

18.22 

- -  

- -  

0.24 
1.98 
0.29 
1.22 
0.17 
1.10 
0.22 
1 .oo 
0.30 
6.52 

201 3 

22.57 
24.57 
18.49 
13.91 
6.98 
3.89 
5.47 
6.1 4 
2.98 

17.32 

23.75 
25.85 
19.46 
14.64 
7.35 
4.09 
5.76 
6.46 
3.1 3 

18.23 

- -  

- -  

0.25 
2.03 
0.31 
1.24 
0.1 7 
1 .I8 
0.22 
1.06 
0.33 
6.78 

201 4 

23.00 
25.35 
18.89 
14.38 
7.21 
3.88 
5.46 
6.02 
2.94 

17.22 

24.64 
27.16 
20.24 
15.40 
7.72 
4.15 
5.85 
6.45 
3.1 5 

18.45 

- -  

- -  

0.25 
2.06 
0.32 
1.20 
0.17 
1.24 
0.22 
1.08 
0.34 
6.87 

201 5 

23.14 
25.92 
19.28 
14.76 
7.38 
4.91 
6.50 
5.99 
2.86 
1.76 

17.58 

25.31 
28.35 
21.08 
16.14 
8.07 
5.37 
7.10 
6.55 
3.13 
1.92 

19.23 

0.25 
2.04 
0.33 
1.15 
0.18 
1.27 
0.23 
1.08 
0.38 
6.93 

201 6 

23.51 
26.41 
20.04 
15.20 
7.62 
5.07 
6.63 
5.83 
2.76 
1.73 

17.62 

26.23 
29.47 
22.36 
16.96 
8.50 
5.65 
7.40 
6.51 
3.08 
1.93 

19.66 

0.25 
2.02 
0.33 
1.16 
0.17 
1.26 
0.23 
1.09 
0.37 
6.89 

201 7 

24.06 
27.04 
20.78 
15.58 
7.83 
5.1 0 
6.66 
6.10 
2.87 
1.76 

17.53 

27.42 
30.81 
23.68 
17.75 
8.92 
5.82 
7.59 
6.95 
3.27 
2.01 

19.98 

0.25 
2.01 
0.33 
1.16 
0.1 7 
1.26 
0.23 
1.08 
0.36 
6.86 

201 8 

24.61 
27.47 
21.48 
16.01 
8.04 
5.14 
6.69 
6.1 6 
2.84 
1.77 

17.63 

28.63 
31.96 
24.99 
18.64 
9.35 
5.98 
7.78 
7.1 6 
3.30 
2.07 

20.51 

0.25 
2.01 
0.33 
1.16 
0.1 7 
1.26 
0.22 
1.07 
0.36 
6.84 

201 9 

25.1 0 
27.71 
21.88 
16.28 
8.1 8 
5.1 8 
6.72 
6.28 
2.83 
1.78 

17.72 

29.79 
32.88 
25.96 
19.32 
9.71 
6.15 
7.97 
7.46 
3.35 
2.1 1 

21.02 

0.25 
2.01 
0.33 
1.16 
0.17 
1.26 
0.22 
1.07 
0.35 
6.82 

2020 

25.55 
28.17 
22.34 
16.66 
8.37 
5.36 
6.90 
6.35 
2.81 
1.79 

17.81 

30.92 
34.09 
27.04 
20.1 7 
10.13 
6.49 
8.36 
7.69 
3.40 
2.1 7 

21.56 

0.25 
2.01 
0.33 
1.16 
0.17 
I .27 
0.22 
1.06 
0.35 
6.83 

2021 

25.97 
28.1 9 
22.67 
16-91 
8.51 
5.53 
7.04 
6.40 
2.82 
1.81 

18.03 

32.0C 
34.74 
27.99 
20.84 
10.4s 
6.81 
8.6E 
7.8E 
3.4E 
2.2: 

22.22 

0.25 
2.01 
0.3: 
1.1E 
0.1 i 
1.2i 
0.22 
1 .OE 
0.3E 
6.82 

10001 Natural Gas Heat and Power 4.99 4.43 4.68 5.05 5.39 5.78 5.97 6.02 5.98 5.99 6.00 6.00 6.00 6.01 
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Q 
2022 

26.39 
28.59 
23.1 8 
17.29 
8.66 
5.64 
7.1 6 
6.37 
2.81 
1.73 

18.24 

33.07 
35.83 
29.05 
21.67 
10.85 
7.07 
8.97 
7.99 
3.52 
2.1 6 

22.86 

0.25 
2.02 
0.33 
1.16 
0.1 7 
1.28 
0.22 
I .04 
0.36 
6.81 

R S I T U v I W X I Y I Z I AA I AB I AC I AD I A€ 
2023 

26.78 
29.12 
23.67 
17.70 
8.82 
5.76 
7.27 
6.44 
2.82 
1.74 

18.53 

34.17 
37.15 
30.20 
22.58 
11.25 
7.35 
9.27 
8.22 
3.60 
2.22 

23.64 

0.25 
2.02 
0.33 
1.16 
0.1 7 
I .28 
0.22 
1.03 
0.35 
6.81 

2024 

27.1 3 
29.46 
24.08 
18.01 
8.94 
5.91 
7.39 
6.43 
2.81 
1.70 

18.73 

35.24 
38.26 
31.28 
23.39 
11.61 
7.67 
9.60 
8.35 
3.65 
2.20 

24.32 

0.25 
2.01 
0.33 
1.15 
0.1 7 
1.28 
0.22 
1.02 
0.35 
6.78 

2025 

27.44 
29.69 
24.36 
18.25 
9.07 
6.01 
7.48 
6.52 
2.83 
1.67 

18.96 

36.24 
39.22 
32.1 8 
24.1 1 
1 1.98 
7.94 
9.88 
8.61 
3.74 
2.21 

25.05 

0.24 
2.00 
0.33 
1.15 
0.17 
1.28 
0.22 
1.02 
0.35 
6.75 

2026 

27.60 
30.22 
24.71 
18.38 
9.13 
6.12 
7.58 
6.52 
2.83 
1.65 

19.30 

37.1 0 
40.61 
33.21 
24.70 
12.27 
8.23 

10.18 
8.77 
3.80 
2.22 

25.94 

0.24 
1.98 
0.33 
1.15 
0.17 
I .27 
0.21 
1.01 
0.34 
6.72 

2027 

27.82 
30.25 
24.86 
18.52 
9.20 
6.20 
7.64 
6.55 
2.80 
1.66 

19.60 

38.07 
41.39 
34.01 
25.34 
12.59 
8.49 

10.45 
8.96 
3.83 
2.27 

26.82 

0.24 
1.96 
0.33 
1.15 
0.1 6 
1.26 
0.21 
1 .oo 
0.34 
6.66 

2028 

27.83 
30.83 
25.27 
18.60 
9.23 
6.29 
7.71 
6.56 
2.80 
1.67 

20.04 

38.79 
42.96 
35.22 
25.92 
12.86 
8.77 

10.74 
9.14 
3.90 
2.32 

27.93 

0.24 
1.94 
0.33 
1.14 
0.1 6 
1.26 
0.21 
0.99 
0.33 
6.60 

2029 

28.03 
30.80 
25.41 
18.59 
9.24 
6.31 
7.71 
6.58 
2.77 
1.67 

20.45 

39.80 
43.73 
36.08 
26.40 
13.13 
8.95 

10.94 
9.34 
3.94 
2.38 

29.05 

0.24 
1.93 
0.33 
1.13 
0.1 6 
1.25 
0.21 
0.97 
0.33 
6.55 

2030 

28.1 5 
30.1 8 
24.98 
18.66 
9.26 
6.35 
7.73 
6.58 
2.74 
1.63 

20.78 

40.72 
43.66 
36.14 
26.99 
13.39 
9.18 

11.18 
9.51 
3.97 
2.36 

30.07 

0.24 
1.92 
0.32 
1.13 
0.1 6 
1.25 
0.21 
0.96 
0.32 
6.51 

2031 

28.20 
30.26 
25.07 
18.53 
9.1 5 
6.47 
7.84 
6.62 
2.72 
1.60 

21.05 

41.56 
44.60 
36.94 
27.32 
13.48 
9.54 

1 1.56 
9.75 
4.00 
2.35 

31.02 

0.24 
1.90 
0.32 
1 . I 3  
0.1 6 
1.24 
0.21 
0.96 
0.32 
6.47 

2032 

28.21 
30.37 
25.14 
18.57 
9.1 6 
6.64 
7.99 
6.63 
2.70 
1.58 

21.58 

42.41 
45.64 
37.78 
27.91 
13.76 
9.98 

12.01 
9.97 
4.06 
2.38 

32.44 

0.24 
1.89 
0.32 
1.12 
0.1 6 
I .24 
0.21 
0.95 
0.31 
6.43 

2033 

28.1 1 
30.78 
25.52 
18.87 
9.27 
6.93 
8.27 
6.62 
2.69 
1.60 

22.33 

43.09 
47.1 9 
39.1 2 
28.94 
14.21 
10.63 
12.67 
10.15 
4.1 3 
2.45 

34.23 

0.23 
1.87 
0.32 
1.12 
0.16 
1.23 
0.20 
0.94 
0.31 
6.39 

2034 

28.1 1 
30.97 
25.66 
18.96 
9.28 
7.20 
8.52 
6.61 
2.75 
1.63 

23.1 6 

43.98 
48.45 
40.1 4 
29.66 
14.53 
11.27 
13.34 
10.33 
4.30 
2.55 

36.23 

0.23 
1.85 
0.32 
1.12 
0.1 6 
1.22 
0.20 
0.94 
0.30 
6.35 

2035 

28.10 
31.08 
25.76 
19.00 
9.31 
7.44 
8.75 
6.57 
2.80 
1.69 

24.08 

44.85 
49.61 
41 .I 2 
30.33 
14.86 
11.88 
13.96 
10.49 
4.46 
2.70 

38.44 

0.23 
1.82 
0.32 
1.12 
0.16 
1.21 
0.20 
0.95 
0.30 
6.31 

1.2% 
2.4% 
1.7% 
1.8% 
1.4% 
2.0% 
1.4% 
0.7% 

-0.3% 
- -  
0.8% 

3.0% 
4.3% 
3.6% 
3.6% 
3.2% 
3.8% 
3.3% 
2.6% 
1.5% _ _  
2.6% 

0.5% 
0.1 Yo 
1 .O% 

-0.1% 
-0.1% 
1.2% 

-1.3% 
0.3% 
0.4% 
0.3% 

11 0001 6.01 6.00 6.00 6.01 6.03 6.06 6.1 0 6.1 6 6.24 6.30 6.34 6.36 6.37 6.38 I .4%1 
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I 

11013 - 
- 101 4 
- 1015 
I01 6 
101 7 
101 8 
101 9 
1020 
1021 
1022 
- I023 
1024 
1025 
1026 
1027 
1028 
1029 
1030 
1031 
1032 
1033 

- 
- 
- 
- 

- 
- 

Refining Consumption 
Liquefied Petroleum Gases Heat and Poi 
Distillate Fuel Oil 
Residual Fuel Oil 
Petroleum Coke 
Still Gas 
Miscellaneous Petroleum 2/ 

Natural Gas Heat and Power 
Natural-Gas-to-Liquids Heat and Power 

Other Industrial Coal 
Coal-to-Liquids Heat and Power 

Biofuels Heat and Coproducts 
Purchased Electricity 
Delivered Energy 

Electricity Related Losses 
Total 

Petroleum Subtotal 

Natural Gas Subtotal 

Coal Subtotal 

0.59 
1.26 
6.84 
0.62 
1.10 
1.72 
1.52 
3.27 
20.09 
7.06 
27.1 5 

1034 
1035 
1036 
1037 
1038 
IO39 

0.55 
1.19 
6.17 
0.38 
0.88 
I .26 
1.42 
2.82 
17.56 
6.04 
23.60 

Total Industrial Sector Consumption 
Liquefied Petroleum Gases Heat and Poi 0.24 0.22 0.21 0.24 0.29 0.29 0.30 0.30 0.29 0.29 0.29 0.29 0.29 0.29 

Motor Gasoline 0.25 0.25 0.25 0.27 0.29 0.31 0.32 0.33 0.33 0.33 0.33 0.33 0.33 0.33 
Distillate Fuel Oil 1.27 1.16 1.19 I .I9 1.22 1.24 1.20 1 .I5 1.16 1.16 1.16 1.16 1.16 1.16 
Residual Fuel Oil 0.20 0.1 7 0.18 0.18 0.17 0.1 7 0.17 0.18 0.17 0.17 0.17 0.17 0.17 0.1 7 

Liquefied Petroleum Gases Feedstocks 1.85 1.79 1.92 1.96 1.98 2.03 2.06 2.04 2.02 2.01 2.01 2.01 2.01 2.01 

0.60 
1.31 
6.59 
0.57 
0.90 
1.46 
1.49 
3.01 
18.60 
6.43 
25.03 

0.61 
1.29 
6.95 
0.57 
0.90 
1.48 
1.62 
3.13 
19.46 
6.64 
26.1 0 

0.60 
I .25 
7.24 
0.57 
0.91 
1.48 
1.74 
3.24 
20.22 

6.85 
27.07 

0.62 
1.23 
7.63 
0.60 
0.93 
1.53 
1.88 
3.40 
21.22 
7.10 
28.32 

0.63 
1.21 
7.80 
0.59 
0.92 
1.51 
1.81 
3.38 
21.38 
7.04 
28.41 

0.60 
1.28 
7.89 
0.58 
0.92 
1.49 
1.87 
3.38 
21.55 
6.80 
28.35 

0.58 
1.25 
7.81 
0.56 
0.91 
1.47 
1.87 
3.35 
21.39 
6.76 
28.15 

0.57 
1.25 
7.81 
0.57 
0.91 
1.48 
1.91 
3.35 
21.42 
6.76 
28.1 8 

0.56 
1.26 
7.82 
0.56 
0.91 
I .48 
1.93 
3.36 
21.42 
6.73 
28.1 6 

0.56 
1.27 
7.84 
0.56 
0.91 
I .47 
I .94 
3.36 
21.44 

6.71 
28.1 4 

0.57 
1.28 
7.85 
0.56 
0.91 
1.47 
1.97 
3.37 
21.48 

6.70 
28.1 9 

0.56 
1.28 
7.85 
0.56 
0.91 
1.47 
I .99 
3.36 
21 S O  

6.66 
28.1 5 

0.01 
0.00 
0.01 
0.51 
1.60 
0.02 
2.16 
1.25 
0.00 
1.25 
0.06 
0.00 
0.06 
0.98 
0.17 
4.63 
0.38 
5.00 

0.01 
0.00 
0.01 
0.52 
1.50 
0.02 
2.05 
1.34 
0.00 
1.34 
0.06 
0.00 
0.06 
0.67 
0.1 9 
4.32 
0.40 
4.72 

0.01 
0.00 
0.01 
0.52 
1.50 
0.02 
2.05 
1.45 
0.00 
1.45 
0.06 
0.00 
0.06 
0.74 
0.19 
4.49 
0.41 
4.91 

0.01 
0.00 
0.01 
0.52 
1.50 
0.02 
2.05 
I .47 
0.00 
1.47 
0.06 
0.00 
0.06 
0.94 
0.20 
4.72 
0.42 
5.1 5 

0.04 
0.00 
0.00 
0.59 
1.75 
0.02 
2.40 
1.39 
0.00 
I .39 
0.06 
0.00 
0.06 
0.81 
0.17 
4.83 
0.36 
5.1 8 

0.05 
0.00 
0.00 
0.60 
1.72 
0.02 
2.38 
1.43 
0.00 
1.43 
0.06 
0.00 
0.06 
0.83 
0.17 
4.87 
0.35 
5.22 

0.05 
0.00 
0.00 
0.59 
1.71 
0.02 
2.37 
1.43 
0.00 
I .43 
0.06 
0.00 
0.06 
0.84 
0.17 
4.87 
0.35 
5.22 

0.04 
0.00 
0.00 
0.59 
1.74 
0.02 
2.40 
1.37 
0.00 
1.37 
0.06 
0.09 
0.1 5 
0.85 
0.1 7 
4.94 
0.34 
5.28 

0.04 
0.00 
0.00 
0.59 
1.71 
0.02 
2.36 
1.39 
0.00 
1.39 
0.06 
0.10 
0.16 
0.86 
0.17 
4.95 
0.34 
5.29 

0.04 
0.00 
0.00 
0.58 
1.70 
0.02 
2.34 
1.42 
0.00 
I .42 
0.06 
0.1 1 
0.1 7 
0.91 
0.17 
5.01 
0.34 
5.35 

0.04 
0.00 
0.00 
0.57 
1.70 
0.02 
2.33 
1.43 
0.00 
1.43 
0.06 
0.1 1 
0.17 
0.97 
0.1 7 
5.07 
0.35 
5.41 

0.04 
0.00 
0.00 
0.56 
1.70 
0.02 
2.32 
1.45 
0.00 
1.45 
0.06 
0.1 1 
0.17 
1.06 
0.18 
5.1 8 
0.35 
5.53 

0.04 
0.00 
0.00 
0.55 
I .68 
0.02 
2.29 
1.47 
0.00 
1.47 
0.06 
0.1 2 
0.1 8 
1.18 
0.18 
5.30 
0.35 
5.66 

0.04 
0.00 
0.00 
0.55 
I .68 
0.02 
2.30 
1.45 
0.00 
1.45 
0.06 
0.13 
0.1 9 
1.27 
0.1 7 
5.38 
0.35 
5.73 
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Q I R S T I U v W I X 
2022 
0.56 
1.29 
7.85 
0.56 
0.91 
I .47 

' 2.01 
3.35 
21 S O  
6.59 
28.08 

0.04 
0.00 
0.00 
0.55 
1.70 
0.02 
2.31 
1.40 
0.00 
I .40 
0.06 
0.1 6 
0.22 
1.37 
0.1 7 
5.48 
0.34 
5.82 

0.29 
2.02 
0.33 
1.16 

Y z I AA I AB I AC I AD I A€ 
2023 
0.55 
1.29 
7.85 
0.55 
0.91 
1.46 
2.02 
3.34 
21.47 

6.52 
27.98 

0.04 
0.00 
0.00 
0.54 
1.68 
0.02 
2.29 
1.41 
0.00 
1.41 
0.06 
0.26 
0.32 
1.54 
0.17 
5.73 
0.34 
6.07 

0.29 
2.02 
0.33 
1.16 

1039 

2024 
0.55 
1.29 
7.83 
0.54 
0.90 
1.45 
2.02 
3.31 
21.39 
6.44 
27.83 

0.04 
0.00 
0.00 
0.55 
1.69 
0.02 
2.31 
1.41 
0.00 
1.41 
0.06 
0.31 
0.37 
1.73 
0.18 
5.99 
0.34 
6.33 

0.29 
2.01 
0.33 
1.15 

0.1 7 0.1 7 0.17 0.17 0.1 7 0.1 6 0.1 6 0.1 6 0.1 6 0.1 6 0.1 6 0.1 6 -0.3%( 

2025 
0.53 
1.28 
7.83 
0.53 
0.90 
1.44 
2.04 
3.29 
21.35 

6.38 
27.73 

0.04 
0.00 
0.00 
0.55 
1.69 
0.02 
2.30 
1.41 
0.00 
1.41 
0.06 
0.37 
0.42 
1.88 
0.1 8 
6.1 9 
0.34 
6.53 

0.29 
2.00 
0.33 
1.15 

2026 
0.53 
1.29 
7.84 
0.52 
0.90 
1.42 
2.04 
3.25 
21.27 
6.29 
27.56 

0.04 
0.00 
0.00 
0.55 
I .68 
0.02 
2.30 
1.41 
0.00 
1.41 
0.06 
0.42 
0.48 
1.99 
0.18 
6.36 
0.34 
6.70 

0.29 
1.98 
0.33 
1.15 

2027 
0.51 
1.29 
7.86 
0.51 
0.90 
I .41 
2.04 
3.21 
21.1 8 

6.19 
27.37 

0.04 
0.00 
0.00 
0.55 
1.69 
0.02 
2.31 
1.41 
0.00 
1.41 
0.06 
0.49 
0.55 
2.09 
0.1 8 
6.53 
0.34 
6.87 

0.29 
1.96 
0.33 
1.15 

2028 
0.51 
1.30 
7.90 
0.50 
0.90 
1.40 
2.03 
3.1 5 
21.09 
6.07 
27.1 6 

0.05 
0.00 
0.00 
0.56 
1.68 
0.02 
2.30 
1.44 
0.00 
1.44 
0.06 
0.56 
0.62 
2.23 
0.18 
6.77 
0.35 
7.1 2 

0.29 
1.94 
0.33 
1.14 

2029 
0.49 
1.30 
7.95 
0.50 
0.89 
1.39 
2.04 
3.1 0 
21.02 
5.98 
27.00 

0.05 
0.00 
0.00 
0.56 
1.70 
0.02 
2.33 
1.42 
0.00 
1.42 
0.06 
0.63 
0.69 
2.26 
0.18 
6.89 
0.35 
7.25 

0.28 
1.93 
0.33 
1.13 

2030 
0.49 
I .31 
8.03 
0.49 
0.89 
1.38 
2.04 
3.05 
21.01 
5.88 
26.89 

0.05 
0.00 
0.00 
0.57 
1.72 
0.02 
2.36 
1.43 
0.00 
1.43 
0.06 
0.71 
0.77 
2.30 
0.1 8 
7.04 
0.36 
7.39 

0.28 
1.92 
0.32 
1.13 

2031 
0.48 
1.33 
8.1 0 
0.48 
0.89 
1.37 
2.03 
3.00 
20.98 
5.73 
26.71 

0.05 
0.00 
0.00 
0.57 
1.75 
0.02 
2.39 
1.42 
0.00 
1.42 
0.06 
0.79 
0.85 
2.34 
0.1 9 
7.1 9 
0.36 
7.54 

0.28 
1.90 
0.32 
1.13 
0.1 6 

2032 
0.47 
1.35 
8.1 5 
0.47 
0.88 
1.35 
2.02 
2.95 
20.91 
5.60 
26.50 

0.05 
0.00 
0.00 
0.57 
1.76 
0.02 
2.41 
1.42 
0.00 
1.42 
0.06 
0.87 
0.93 
2.36 
0.1 9 
7.31 
0.35 
7.66 

0.28 
1.89 
0.32 
1.12 

2033 
0.46 
1.37 
8.20 
0.46 
0.88 
1.34 
2.02 
2.90 
20.86 
5.47 
26.33 

0.05 
0.00 
0.00 
0.58 
1.77 
0.02 
2.42 
1.43 
0.00 
1.43 
0.06 
0.96 
1.02 
2.46 
0.1 9 
7.52 
0.35 
7.87 

0.28 
I .87 
0.32 
1.12 

2034 
0.45 
1.40 
8.22 
0.45 
0.87 
1.33 
2.02 
2.86 
20.78 

5.35 
26.1 3 

0.05 
0.00 
0.00 
0.58 
1.80 
0.02 
2.45 
1.42 
0.00 
1.42 
0.06 
1.05 
1.10 
2.50 
0.1 9 
7.66 
0.35 
8.01 

0.28 
1.85 
0.32 
1.12 

2035 
0.44 
1.46 
8.28 
0.44 
0.87 
1.31 
2.01 
2.82 
20.73 
5.22 
25.95 

0.05 
0.00 
0.00 
0.58 
1.81 
0.02 
2.47 
1.41 
0.00 
1.41 
0.06 
1.13 
1.19 
2.51 
0.1 9 
7.77 
0.35 
8.1 2 

0.28 
I .82 
0.32 
1.12 
0.1 6 

-0.8% 
0.8% 
1.1% 
0.6% 

-0.1 Yo 
0.1% 

0.0% 
0.6% 

-0.6% 
0.4% 

1.3% 

6.0% - -  
- -  
0.5% 
0.7% 
1.5% 
0.7% 
0.2% 

0.2% 
0.0% 

12.2% 

0.1% 
2.3% 

-0.5% 
2.1 % 

- -  

- -  
5.2% 

1 .O% 
0.1% 
1 .O% 

-0.1 Yo 



B I C I D I E I F G I H I I I J I K 

Petrochemical Feedstocks 
Petroleum Coke 
Asphalt and Road Oil 
Still Gas 
Miscellaneous Petroleum 2/ 

Natural Gas Heat and Power 
Natural-Gas-to-Liquids Heat and Power 
Natural Gas Feedstocks 
Lease and Plant Fuel 3/ 
Natural Gas Subtotal 

Metallurgical Coal and Coke 4/ 
Other Industrial Coal 
Coal-to-Liquids Heat and Power 
Coal Subtotal 

Biofuels Heat and Coproducts 
Renewables 5/ 
Purchased Electricity 
Delivered Energy 

Electricity Related Losses 
Total 

Petroleum Subtotal 

L I M N 0 I P 

1 .I2 
0.87 
1.01 
1.60 
0.50 
8.91 
6.24 
0.00 
0.59 
1.26 
8.09 
0.62 
1.16 
0.00 
1.78 
0.98 
1.52 
3.44 
24.72 
7.44 
32.1 6 

1053 
1054 
1055 
1056 
1057 
1058 
1059 
1060 
1061 
1062 
1063 

Energy Consumption per dollar of Shipment I/ 
(thousand Btu per 2005 dollar) 

Liquefied Petroleum Gases Heat and Pol 
Liquefied Petroleum Gases Feedstocks 
Motor Gasoline 
Distillate Fuel Oil 
Residual Fuel Oil 
Petrochemical Feedstocks 
Petroleum Coke 
Asphalt and Road Oil 
Still Gas 
Miscellaneous Petroleum 2/ 

Natural Gas Heat and Power 
Natural-Gas-to-Liquids Heat and Power 
Natural Gas Feedstock 

Petroleum Subtotal 

0.04 
0.27 
0.04 
0.1 9 
0.03 
0.17 
0.1 3 
0.15 
0.24 
0.07 
1.33 
0.93 
0.00 
0.09 

2009 
0.90 
0.80 
0.87 
1.50 
0.28 
7.94 
5.77 
0.00 
0.55 
1.19 
7.51 
0.38 
0.94 
0.00 
1.32 
0.67 
1.42 
3.01 
21.87 
6.44 
28.32 

0.04 
0.30 
0.04 
0.1 9 
0.03 
0.15 
0.13 
0.14 
0.25 
0.05 
1.32 
0.96 
0.00 
0.09 

201 0 
0.97 
0.74 
0.85 
1.50 
0.29 
8.1 1 
6.13 
0.00 
0.60 
1.31 
8.04 
0.57 
0.96 
0.00 
1.52 
0.74 
1.49 
3.20 
23.1 0 
6.84 
29.94 

0.03 
0.31 
0.04 
0.1 9 
0.03 
0.16 
0.12 
0.14 
0.24 
0.05 
1.30 
0.98 
0.00 
0.10 
0.21 

201 I 
1.06 
0.74 
0.90 
1.50 
0.31 
8.34 
6.51 
0.00 
0.61 
1.29 
8.42 
0.57 
0.96 
0.00 
1.54 
0.94 
1.62 
3.32 
24.1 8 
7.07 
31.25 

0.04 
0.30 
0.04 
0.18 
0.03 
0.16 
0.1 1 
0.14 
0.23 
0.05 
1.27 
0.99 
0.00 
0.09 
0.20 

201 2 
1.10 
0.80 
1 .oo 
1.75 
0.33 
8.92 
6.78 
0.00 
0.60 
1.25 
8.63 
0.57 
0.97 
0.00 
1.54 
0.81 
1.74 
3.41 
25.05 
7.20 
32.25 

0.04 
0.29 
0.04 
0.18 
0.02 
0.1 6 
0.1 2 
0.15 
0.25 
0.05 
1.29 
0.98 
0.00 
0.09 
0.18 

201 3 
1 . I8  
0.82 
1.06 
1.72 
0.35 
9.1 6 
7.21 
0.00 
0.62 
1.23 
9.06 
0.60 
0.99 
0.00 
1.59 
0.83 
1.88 
3.56 
26.09 

7.45 
33.54 

0.04 
0.28 
0.04 
0.17 
0.02 
0.1 6 
0.1 1 
0.15 
0.24 
0.05 
1.26 
0.99 
0.00 
0.09 
0.17 

201 4 
1.24 
0.81 
1.08 
1.71 
0.36 
9.24 
7.40 
0.00 
0.63 
1.21 
9.23 
0.59 
0.98 
0.00 
1.57 
0.84 
1.81 
3.55 
26.25 
7.39 
33.64 

0.04 
0.28 
0.04 
0.1 6 
0.02 
0.1 7 
0.1 1 
0.15 
0.23 
0.05 
1.25 
1 .oo 
0.00 
0.08 
0.16 

201 5 
1.27 
0.82 
1.08 
1.74 
0.40 
9.33 
7.39 
0.00 
0.60 
1.28 
9.26 
0.58 
0.97 
0.09 
I .65 
0.85 
1.87 
3.54 
26.49 
7.1 4 
33.63 

0.04 
0.27 
0.04 
0.15 
0.02 
0.17 
0.1 1 
0.1 5 
0.23 
0.05 
1.25 
0.99 
0.00 
0.08 
0.1 7 

201 6 
1.26 
0.82 
1.09 
1.71 
0.39 
9.25 
7.37 
0.00 
0.58 
1.25 
9.20 
0.56 
0.97 
0.10 
1.64 
0.86 
1.87 
3.52 
26.33 
7.10 
33.43 

0.04 
0.27 
0.04 
0.15 
0.02 
0.17 
0.1 1 
0.15 
0.23 
0.05 
1.24 
0.98 
0.00 
0.08 
0.1 7 

201 7 
1.26 
0.81 
1.08 
1.70 
0.39 
9.20 
7.41 
0.00 
0.57 
1.25 
9.23 
0.57 
0.97 
0.1 I 
1.64 
0.91 
1.91 
3.52 
26.42 
7.1 1 
33.53 

0.04 
0.27 
0.04 
0.15 
0.02 
0.17 
0.1 1 
0.14 
0.22 
0.05 
1.21 
0.98 
0.00 
0.08 
0.17 

201 8 
1.26 
0.79 
1.07 
1.70 
0.38 
9.1 7 
7.43 
0.00 
0.56 
1.26 
9.25 
0.56 
0.97 
0.1 1 
1.64 
0.97 
1.93 
3.53 
26.49 

7.08 
33.57 

0.04 
0.26 
0.04 
0.15 
0.02 
0.1 6 
0.1 0 
0.14 
0.22 
0.05 
1.19 
0.97 
0.00 
0.07 
0.1 6 

201 9 
1.26 
0.78 
1.07 
1.70 
0.38 
9.14 
7.46 
0.00 
0.56 
1.27 
9.29 
0.56 
0.97 
0.1 1 
1.64 
1.06 
1.94 
3.53 
26.62 
7.06 
33.67 

0.04 
0.26 
0.04 
0.15 
0.02 
0.16 
0.1 0 
0.14 
0.22 
0.05 
1.17 
0.96 
0.00 
0.07 
0.1 6 

2020 
I .27 
0.77 
1.06 
1.68 
0.38 
9.1 2 
7.47 
0.00 
0.57 
1.28 
9.32 
0.56 
0.97 
0.12 
1.65 
1.18 
1.97 
3.54 
26.79 
7.06 
33.84 

0.04 
0.25 
0.04 
0.15 
0.02 
0.1 6 
0.10 
0.1 3 
0.21 
0.05 
1.16 
0.95 
0.00 
0.07 
0.1 6 

2021 
1.27 
0.78 
I .05 
1.68 
0.38 
9.12 
7.45 
0.00 
0.56 
1.28 
9.30 
0.56 
0.97 
0.1 3 
1.66 
1.27 
1.99 
3.54 
26.88 

7.00 
33.88 

0.04 
0.25 
0.04 
0.14 
0.02 
0.1 E 
0.1 c 
0.1: 
0.21 
0.05 
1.14 
0.9: 
0.0c 
0.07 
0.1 E 11 0781 Lease and Plant Fuel 3/ 0.19 0.20 
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2022 
1.28 
0.77 
1.04 
1.70 
0.38 
9.1 2 
7.40 
0.00 
0.56 
1.29 
9.25 
0.56 
0.97 
0.1 6 
1.69 
1.37 
2.01 
3.53 
26.97 
6.93 
33.90 

0.04 
0.25 
0.04 
0.14 
0.02 
0.1 6 
0.1 0 
0.13 
0.21 
0.05 
1.13 
0.92 
0.00 
0.07 

1072 
1073 
1074 
1075 
1076 
1077 
1078 

2023 
1.28 
0.76 
1.03 
1.68 
0.38 
9.1 0 
7.41 
0.00 
0.55 
1.29 
9.25 
0.55 
0.97 
0.26 
1.78 
1.54 
2.02 
3.51 
27.20 
6.86 
34.05 

0.04 
0.25 
0.04 
0.14 
0.02 
0.1 6 
0.09 
0.13 
0.21 
0.05 
1.11 
0.91 
0.00 
0.07 

0.1 6 0.1 6 0.1 6 0.15 0.1 5 0.1 5 0.1 5 0.1 5 0.1 5 0.1 5 0.15 0.1 5 0.1 5 0.16 -0.9%1 

2024 
1.28 
0.76 
1.02 
1.69 
0.37 
9.08 
7.40 
0.00 
0.55 
1.29 
9.24 
0.54 
0.96 
0.31 
1.82 
1.73 
2.02 
3.49 
27.38 
6.78 
34.1 6 

0.03 
0.24 
0.04 
0.14 
0.02 
0.1 6 
0.09 
0.1 2 
0.21 
0.05 
1.10 
0.90 
0.00 
0.07 

2025 
1.28 
0.76 
1.02 
1.69 
0.37 
9.06 
7.42 
0.00 
0.53 
I .28 
9.24 
0.53 
0.96 
0.37 
1.86 
I .88 
2.04 
3.47 
27.54 

6.72 
34.26 

0.03 
0.24 
0.04 
0.14 
0.02 
0.15 
0.09 
0.12 
0.20 
0.04 
1.08 
0.89 
0.00 
0.06 

2026 
1.27 
0.76 
I .01 
1.68 
0.37 
9.01 
7.44 
0.00 
0.53 
I .29 
9.25 
0.52 
0.96 
0.42 
1.91 
I .99 
2.04 
3.43 
27.63 
6.63 
34.26 

0.03 
0.23 
0.04 
0.14 
0.02 
0.1 5 
0.09 
0.1 2 
0.20 
0.04 
1.07 
0.88 
0.00 
0.06 

2027 
1.26 
0.77 
1 .oo 
1.69 
0.36 
8.97 
7.46 
0.00 
0.51 
1.29 
9.27 
0.51 
0.96 
0.49 
1.96 
2.09 
2.04 
3.38 
27.71 

6.53 
34.24 

0.03 
0.23 
0.04 
0.1 3 
0.02 
0.1 5 
0.09 
0.1 2 
0.20 
0.04 
1.05 
0.87 
0.00 
0.06 

2028 
I .26 
0.77 
0.99 
1.68 
0.36 
8.91 
7.53 
0.00 
0.51 
1.30 
9.34 
0.50 
0.96 
0.56 
2.02 
2.23 
2.03 
3.33 
27.86 

6.42 
34.28 

0.03 
0.23 
0.04 
0.13 
0.02 
0.15 
0.09 
0.1 1 
0.19 
0.04 
1.03 
0.87 
0.00 
0.06 

2029 
1.25 
0.77 
0.97 
1.70 
0.35 
8.88 
7.58 
0.00 
0.49 
1.30 
9.37 
0.50 
0.95 
0.63 
2.08 
2.26 
2.04 
3.28 
27.91 

6.33 
34.24 

0.03 
0.22 
0.04 
0.1 3 
0.02 
0.1 4 
0.09 
0.1 I 
0.20 
0.04 
1.02 
0.87 
0.00 
0.06 

2030 
1.25 
0.77 
0.96 
1.72 
0.34 
8.87 
7.66 
0.00 
0.49 
1.31 
9.46 
0.49 
0.95 
0.71 
2.1 5 
2.30 
2.04 
3.24 
28.05 

6.23 
34.28 

0.03 
0.22 
0.04 
0.1 3 
0.02 
0.1 4 
0.09 
0.1 1 
0.20 
0.04 
1.01 
0.87 
0.00 
0.06 

2031 
1.24 
0.77 
0.96 
1.75 
0.34 
8.87 
7.72 
0.00 
0.48 
1.33 
9.52 
0.48 
0.95 
0.79 
2.22 
2.34 
2.03 
3.1 9 
28.1 7 

6.09 
34.25 

0.03 
0.21 
0.04 
0.1 3 
0.02 
0.14 
0.09 
0.1 1 
0.20 
0.04 
1 .oo 
0.87 
0.00 
0.05 

2032 
1.24 
0.78 
0.95 
1.76 
0.34 
8.83 
7.76 
0.00 
0.47 
1.35 
9.57 
0.47 
0.94 
0.87 
2.29 
2.36 
2.02 
3.14 
28.21 
5.95 
34.1 6 

0.03 
0.21 
0.04 
0.1 3 
0.02 
0.14 
0.09 
0.1 1 
0.20 
0.04 
0.98 
0.86 
0.00 
0.05 

2033 
1.23 
0.78 
0.94 
1.77 
0.33 
8.81 
7.79 
0.00 
0.46 
1.37 
9.63 
0.46 
0.94 
0.96 
2.36 
2.46 
2.02 
3.09 
28.37 

5.82 
34.20 

0.03 
0.21 
0.04 
0.1 2 
0.02 
0.1 4 
0.09 
0.1 0 
0.20 
0.04 
0.97 
0.86 
0.00 
0.05 

2034 
1.22 
0.79 
0.94 
1.80 
0.33 
8.80 
7.79 
0.00 
0.45 
1.40 
9.64 
0.45 
0.93 
1.05 
2.43 
2.50 
2.02 
3.05 
28.44 

5.71 
34.1 5 

0.03 
0.20 
0.04 
0.1 2 
0.02 
0.1 3 
0.09 
0.10 
0.20 
0.04 
0.96 
0.85 
0.00 
0.05 

2035 
1.21 
0.79 
0.95 
1.81 
0.32 
8.78 
7.79 
0.00 
0.44 
1.46 
9.69 
0.44 
0.93 
1.13 
2.50 
2.51 
2.01 
3.01 
28.50 
5.57 
34.07 

0.03 
0.20 
0.03 
0.1 2 
0.02 
0.13 
0.09 
0.1 0 
0.20 
0.03 
0.95 
0.84 
0.00 
0.05 

1.2% 
-0.1 Yo 
0.3% 
0.7% 
0.5% 
0.4% 
1.2% 

-0.8% 
0.8% 
1 .O% 
0.6% 

-0.1% 

2.5% 
5.2% 
1.3% 
0.0% 
1 .O% 

-0.6% 

- -  

- -  

0.7% 

-0.7% 
-1.6% 
-0.7% 
-1.8% 
-2.0% 
-0.5% 
-1.7% 
-1.3% 
-0.9% 
-1.2% 
-1.3% 
-0.5% - -  
-2.4% 
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B C D E F G H I J K L 
cesbingbk.dlOO611 a 

Natural Gas Subtotal 
Metalluraical Coal and Coke 4/ 

1 1 14 
1 1 15 
1 1 16 
1 1 17 
11 18 
11 19 
1 120 
1 121 

Other Inudustrial Coal 
Coal-to-Liquids Heat and Power 

October-December 2009, DOE/ElA-O121(2009/4Q) (Washington,'DC, April 201 0) and EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO61 la .  
2008 and 2009 electricity prices: Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0). 
2008 and 2009 natural gas prices are based on: EIA, 
Manufacturing Energy Consumption Survey and industrial and wellhead prices from the Natural Gas Annual 
2008, DOE/EIA-0131(2008) (Washington, DC, March 2010) and the Natural Gas Monthly, DOE/EIA-0130(2010/07) (Washington, DC, July 2010). 
2008 refining consumption values are based on: Petroleum Supply Annual 
2008, DOE/EIA-0340(2008)/1 (Washington, DC, June 2009). 
2009 refining consumption based on: Petroleum Supply Annual 

Total 

2008 2009 201 0 201 1 201 2 
1.20 
0.09 
0.17 
0.00 
0.27 
0.15 
0.23 
0.51 
3.68 
1.11 
4.79 

25.73 
135.57 

1.25 
0.06 
0.16 
0.00 
0.22 
0.1 1 
0.24 
0.50 
3.64 
1.07 
4.71 

1.29 
0.09 
0.15 
0.00 
0.24 
0.12 
0.24 
0.51 
3.70 
1.10 
4.79 

1.28 
0.09 
0.15 
0.00 
0.23 
0.14 
0.25 
0.51 
3.68 
1.08 
4.76 

27.98 30.1 0 31.82 
152.58 167.53 179.66 

1.25 
0.08 
0.14 
0.00 
0.22 
0.12 
0.25 
0.49 
3.63 
1.04 
4.68 

33.60 
190.70 

201 3 
I .24 
0.08 
0.14 
0.00 
0.22 
0.1 1 
0.26 
0.49 
3.58 
1.02 
4.60 

34.68 
198.34 

201 4 
1.25 
0.08 
0.13 
0.00 
0.21 
0.1 1 
0.25 
0.48 
3.56 
1 .oo 
4.56 

35.18 
202.08 

201 5 
1.24 
0.08 
0.1 3 
0.01 
0.22 
0.1 1 
0.25 
0.48 
3.56 
0.96 
4.52 

36.77 
21 3.30 

201 6 
1.23 
0.08 
0.13 
0.01 
0.22 
0.1 2 
0.25 
0.47 
3.52 
0.95 
4.46 

37.38 
21 7.72 

2017 
1.22 
0.07 
0.13 
0.01 
0.22 
0.12 
0.25 
0.47 
3.49 
0.94 
4.43 

38.01 
221.83 

201 8 
1.21 
0.07 
0.1 3 
0.01 
0.21 
0.1 3 
0.25 
0.46 
3.45 
0.92 
4.38 

38.61 
226.50 

201 9 
1.19 
0.07 
0.12 
0.01 
0.21 
0.14 
0.25 
0.45 
3.42 
0.91 
4.33 

39.34 
232.53 

2020 
1.18 
0.07 
0.1 2 
0.02 
0.21 
0.15 
0.25 
0.45 
3.39 
0.89 
4.29 

40.44 
240.95 

202' 
1.1; 
0.0; 
0.1: 
0.0: 
0.2' 
0.1 
0.2! 
0.41 
3.3; 
0.81 
4.21 

41.8: 
251.9( 

1/ Includes energy for combined heat and power plants, except those whose primary business is to sell electricity, 

2/ Includes lubricants and miscellaneous petroleum products. 
3/ Represents natural gas used in well, field, and lease operations, and in natural gas processing plant machinery. 
4/ Includes net coal coke imports. 
5/ Includes consumption of energy produced from hydroelectric, wood and wood waste, municipal waste, and other biomass 
Btu = British thermal unit. 
- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 and 2009 prices for motor gasoline and distillate fuel oil 

or electricity and heat, to the public. 

are model results and may differ slightly from official EIA data reports. 

are based on: U.S. Energy Information Administration (EIA), Petroleum Marketing Annual 
2009, DOE/EIA-0487(2009) (Washington, DC, August 2010). 
2008 and 2009 petrochemical feedstock and asphalt and road oil prices are based on: EIA, 
State Energy Data Report 2008, DOE/EIA-O214(2008) (Washington, DC, June 201 0). 
2008 and 2009 coal prices are based on: EIA, Quarterly Coal Report, 

sources. 



Q R S T U 
2022 
1.15 
0.07 
0.12 
0.02 
0.21 
0.17 
0.25 
0.44 
3.34 
0.86 
4.20 

43.64 
266.04 

v W X Y z I AA I AB I AC I AD I A€ 
2023 
1.13 
0.07 
0.12 
0.03 
0.22 
0.19 
0.25 
0.43 
3.33 
0.84 
4.1 7 

46.20 
285.98 

2024 
1.12 
0.07 
0.12 
0.04 
0.22 
0.21 
0.25 
0.42 
3.32 
0.82 
4.1 4 

48.50 
304.06 

2025 
1.10 
0.06 
0.12 
0.04 
0.22 
0.23 
0.24 
0.41 
3.29 
0.80 
4.1 0 

51.05 
323.54 

2026 
1.09 
0.06 
0.1 1 
0.05 
0.23 
0.24 
0.24 
0.41 
3.27 
0.78 
4.05 

53.61 
342.74 

2027 
1.08 
0.06 
0.1 1 
0.06 
0.23 
0.24 
0.24 
0.40 
3.24 
0.76 
4.01 

56.52 
364.45 

2028 
1.08 
0.06 
0.1 1 
0.06 
0.23 
0.26 
0.24 
0.39 
3.24 
0.75 
3.98 

59.25 
384.60 

2029 
1.08 
0.06 
0.1 1 
0.07 
0.24 
0.26 
0.23 
0.38 
3.21 
0.73 
3.94 

61.86 
404.12 

2030 
1.08 
0.06 
0.1 1 
0.08 
0.24 
0.26 
0.23 
0.37 
3.1 9 
0.71 
3.90 

64.65 
425.03 

2031 
1.07 
0.05 
0.1 1 
0.09 
0.25 
0.26 
0.23 
0.36 
3.1 7 
0.68 
3.85 

67.39 
445.88 

2032 
1.07 
0.05 
0.1 0 
0.1 0 
0.25 
0.26 
0.23 
0.35 
3.1 4 
0.66 
3.80 

69.91 
464.76 

2033 
1.06 
0.05 
0.1 0 
0.1 1 
0.26 
0.27 
0.22 
0.34 
3.1 3 
0.64 
3.77 

72.1 9 
482.27 

2034 
I .05 
0.05 
0.1 0 
0.1 1 
0.27 
0.27 
0.22 
0.33 
3.1 0 
0.62 
3.72 

74.22 
497.53 

2035 
1.05 
0.05 
0.1 0 
0.1 2 
0.27 
0.27 
0.22 
0.32 
3.08 
0.60 
3.68 

76.02 
51 1.08 

-0.7% 
-1.1% 
-1.7% - -  
0.8% 
3.5% 

-0.3% 
-1.6% 
-0.6% 
-2.2% 
-0.9% 

3.9% 
4.8% 
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B C D E F 
cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 
2009, DOE/EIA-0340(2009)/1 (Washington, DC, July 2010). 
Other 2008 and 2009 consumption values are based on: EIA, Annual Energy Review 
2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0). 2008 and 2009 shipments: IHS Global Insight, 
Global Insight Industry model, September 2010. 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dl0061 la .  

201 8 201 9 2020 2021 

201 8 201 9 2020 2021 

2690 2707 2734 2755 2804 2854 2899 2946 2996 3043 
72 67 69 72 75 78 79 80 81 82 

228 207 21 5 227 235 246 248 249 250 254 

3090 31 39 31 90 3247 
83 85 86 87 

258 262 266 27C 
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Q R S T U v W X Y Z AA 1 AB I AC I AD I 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

2009- 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 2035 

3300 3352 3404 3460 3509 3572 3620 3681 3751 381 3 3871 3925 3980 4036 1.5% 
88 89 91 92 93 94 95 96 98 99 I00 101 102 I04 1.7% 

275 279 283 288 292 296 300 304 309 31 4 31 8 322 326 331 I .a% 
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ton miles traveled) 

I 

Illssl Domestic Shipping 

B C I D I E I F G I H I I I J I K L I M I N 0 P 
cesbingbk.dl0061 l a  

Energy Efficiency Indicators 
(miles per gallon) 

New Light-Duty Vehicle CAFE 
New Car 
New Liaht Truck 

1188 
1 189 
1190 
1 I91 
11 92 
1193 
- 1 194 
11 95 
I1 96 
1 197 

Energy Efficiency Indicators 
(miles per gallon) 

New Light-Duty Vehicle CAFE 
New Car 
New Liaht Truck 

Rail 
Domestic Shipping 

Energy Use by Mode 

Light-Duty Vehicles 
Commercial Light Tr 
Bus Transportation 
Freight Trucks 
Rail, Passenger 

(quadrillion Btu) 

2008 
1014 

1777 
521 

25.2 
28.4 
22.4 
28.0 
32.5 
24.2 
28.0 
32.5 
24.2 
23.2 
26.5 
20.3 
20.8 
15.4 
14.3 
6.1 

61.8 

3.3 
2.4 

16.14 
0.63 
0.27 
4.70 
0.05 
0.58 
0.23 

2009 
960 

1677 
486 

25.4 
28.4 
23.0 
29.1 
33.7 
25.5 
28.0 
32.7 
24.3 
23.2 
26.7 
20.4 
20.8 
15.6 
14.4 
6.1 

62.0 

3.3 
2.4 

16.13 
0.58 
0.27 
4.26 
0.05 
0.51 
0.20 
0.78 

w k s  I/ 

Standard : 

1198 Rail, Freight H 1 199 Shimina. Domestic 
0.90 

201 0 
994 

1740 
498 

25.6 
28.4 
23.4 
29. I 
34.0 
25.5 
27.9 
32.9 
24.3 
23.2 
26.9 
20.4 
20.8 
15.7 
14.5 
6.1 

62.1 

3.3 
2.4 

16.17 
0.59 
0.27 
4.40 
0.05 
0.53 
0.21 

201 1 
1003 

1771 
490 

27.3 
31.7 
23.9 
29.8 
35.0 
25.9 
28.5 
33.8 
24.7 
23.7 
27.6 
20.7 
21 .o 
15.7 
14.6 
6.1 

62.1 

3.3 
2.4 

16.14 
0.61 
0.27 
4.63 
0.05 
0.54 
0.20 

201 2 
1014 

1844 
494 

29.5 
34.9 
25.5 
30.5 
35.8 
26.4 
29.2 
34.6 
25.2 
24.3 
28.4 
21.2 
21.2 
15.8 
14.8 
6.1 

62.3 

3.3 
2.4 

16.24 
0.64 
0.27 
4.79 
0.05 
0.56 
0.21 

201 3 
1028 

1892 
508 

30.4 
35.7 
26.2 
30.9 
36.1 
26.7 
29.6 
34.9 
25.5 
24.6 
28.6 
21.4 
21.5 
15.9 
14.9 
6.1 

62.4 

3.3 
2.4 

16.31 
0.66 
0.28 
5.04 
0.05 
0.57 
0.21 

201 4 
1044 

1874 
51 4 

31.3 
36.5 
26.9 
31.5 
36.7 
27.1 
30.2 
35.4 
25.9 
25.1 
29.1 
21.7 
21.7 
16.1 
15.0 
6.1 

62.6 

3.3 
2.4 

16.35 
0.66 
0.28 
5.06 
0.05 
0.57 
0.21 

201 5 
1058 

1742 
528 

32.6 
37.8 
28.0 
32.5 
37.8 
27.8 
31.2 
36.5 
26.6 
26.0 
30.1 
22.3 
22.1 
16.4 
15.2 
6.1 

62.8 

3.3 
2.4 

16.36 
0.66 
0.28 
5.09 
0.05 
0.53 
0.22 

201 6 
1072 

1786 
530 

34.1 
39.5 
29.2 
33.3 
38.6 
28.4 
32. I 
37.3 
27.2 
26.7 
30.7 
22.9 
22.4 
16.7 
15.4 
6.1 

63.1 

3.3 
2.4 

16.36 
0.66 
0.28 
5.1 1 
0.05 
0.54 
0.22 

2017 
1085 

1800 
535 

34.4 
39.7 
29.3 
34.3 
39.6 
29.2 
33.1 
38.4 
28.0 
27.5 
31.6 
23.5 
22.8 
17.1 
15.6 
6.1 

63.3 

3.3 
2.4 

16.34 
0.66 
0.29 
5.17 
0.06 
0.54 
0.22 

201 8 
1097 

1822 
541 

34.7 
39.9 
29.5 
35.1 
40.1 
29.9 
33.8 
38.9 
28.7 
28.2 
32. I 
24. I 
23.1 
17.5 
15.8 
6.2 

63.5 

3.3 
2.4 

16.29 
0.66 
0.29 
5.24 
0.06 
0.55 
0.22 

201 9 
1109 

1826 
547 

35.0 
40.2 
29.6 
35.3 
40.3 
30.0 
34. I 
39.1 
28.8 
28.4 
32.3 
24.2 
23.5 
17.6 
16.1 
6.2 

63.8 

3.3 
2.4 

16.26 
0.66 
0.29 
5.30 
0.06 
0.55 
0.23 

2020 
1121 

1850 
553 

35.4 
40.4 
29.7 
35.8 
40.7 
30.3 
34.5 
39.5 
29.1 
28.8 
32.6 
24.4 
23.9 
17.7 
16.3 
6.2 

64.1 

3.3 
2.5 

16.24 
0.66 
0.29 
5.37 
0.06 
0.56 
0.23 

2021 
1132 

1841 
557 

35.4 
40.4 
29.7 
36.1 
40.E 
30.E 
34.E 
39.7 
29.: 
29.C 
32.: 
24.E 
24.: 
17.5 
16.E 
6.2 

644 

3.: 
2.: 

16.2: 
0.6E 
0.3C 
5.4: 
O.OE 
0.5: 
0.2: 

0.79 
I ,  V .  

I12001 Shipping, International 0.79 0.78 0.78 0.78 0.78 0.79 0.79 0.79 0.79 0.79 0.7: 
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2022 
1146 

1857 
563 

35.5 
40.4 
29.7 
36.2 
41 .O 
30.6 
34.9 
39.8 
29.4 
29.2 
33.0 
24.7 
24.6 
17.9 
16.7 
6.3 

64.7 

3.3 
2.5 

16.26 
0.66 
0.30 
5.49 
0.06 
0.56 
0.23 

2023 
1157 

1838 
567 

35.5 
40.5 
29.7 
36.3 
41 .I 
30.6 
35.1 
39.8 
29.4 
29.3 
33.1 
24.7 
25.0 
17.9 
16.9 
6.3 

65.0 

3.3 
2.5 

16.27 
0.66 
0.30 
5.54 
0.06 
0.55 
0.23 

2024 
1168 

1849 
569 

35.6 
40.4 
29.7 
36.4 
41 .I 
30.7 
35.2 
39.8 
29.5 
29.4 
33.1 
24.8 
25.3 
17.9 
17.1 
6.3 

65.3 

3.3 
2.5 

16.30 
0.66 
0.30 
5.60 
0.06 
0.56 
0.23 

2025 
1180 

1850 
571 

35.6 
40.4 
29.7 
36.6 
41.2 
30.8 
35.3 
40.0 
29.6 
29.5 
33.3 
24.8 
25.7 
17.9 
17.2 
6.4 

65.6 

3.3 
2.5 

16.36 
0.67 
0.30 
5.67 
0.06 
0.56 
0.23 

2026 
1191 

1851 
574 

35.7 
40.5 
29.7 
36.8 
41.4 
30.9 
35.5 
40.1 
29.7 
29.7 
33.4 
24.9 
26.0 
17.9 
17.4 
6.4 

66.0 

3.3 
2.5 

16.39 
0.67 
0.31 
5.72 
0.06 
0.55 
0.23 

2027 
1202 

1843 
580 

35.7 
40.4 
29.7 
36.8 
41.4 
31 .O 
35.6 
40.2 
29.8 
29.8 
33.5 
25.0 
26.2 
17.9 
17.5 
6.4 

66.3 

3.3 
2.5 

16.51 
0.67 
0.31 
5.78 
0.06 
0.55 
0.23 

2028 
1213 

1835 
584 

35.8 
40.5 
29.7 
37.1 
41.6 
31 .I 
35.8 
40.3 
29.9 
30.0 
33.7 
25.1 
26.5 
17.9 
17.6 
6.5 

66.7 

3.3 
2.5 

16.56 
0.68 
0.31 
5.82 
0.06 
0.55 
0.24 

2029 
1223 

1817 
589 

35.8 
40.4 
29.7 
37.1 
41.6 
31.2 
35.9 
40.3 
30.0 
30.1 
33.7 
25.2 
26.8 
18.0 
17.7 
6.5 

67.1 

3.3 
2.5 

16.69 
0.68 
0.31 
5.88 
0.06 
0.54 
0.24 

2030 
1234 

1802 
594 

35.8 
40.4 
29.8 
37.2 
41.6 
31.3 
35.9 
40.4 
30.1 
30.1 
33.8 
25.3 
27.0 
18.0 
17.7 
6.5 

67.5 

3.4 
2.5 

16.86 
0.69 
0.32 
5.95 
0.06 
0.54 
0.24 

2031 
1244 

1791 
60 1 

35.8 
40.4 
29.7 
37.3 
41.7 
31.4 
36.1 
40.5 
30.2 
30.2 
33.9 
25.4 
27.2 
18.0 
17.8 
6.5 

68.0 

3.4 
2.5 

17.02 
0.70 
0.32 
6.02 
0.06 
0.53 
0.24 

2032 
1253 

1773 
609 

35.8 
40.4 
29.7 
37.4 
41.8 
31.5 
36.2 
40.5 
30.3 
30.3 
33.9 
25.5 
27.4 
18.1 
17.9 
6.5 

68.4 

3.4 
2.5 

17.17 
0.70 
0.32 
6.08 
0.06 
0.53 
0.24 

2033 
1263 

1780 
61 5 

35.9 
40.4 
29.7 
37.6 
41.9 
31.6 
36.3 
40.6 
30.4 
30.4 
34.0 
25.5 
27.6 
18.1 
17.9 
6.6 

68.9 

3.4 
2.5 

17.31 
0.71 
0.32 
6.1 4 
0.06 
0.53 
0.25 

2034 
1272 

1822 
623 

35.9 
40.4 
29.7 
37.7 
41.9 
31.7 
36.4 
40.7 
30.5 
30.5 
34.1 
25.6 
27.7 
18.1 
17.9 
6.6 

69.4 

3.4 
2.5 

17.46 
0.71 
0.33 
6.20 
0.07 
0.54 
0.25 

2035 
1282 

1824 
625 

35.9 
40.4 
29.7 
37.8 
42.0 
31.8 
36.5 
40.8 
30.6 
30.6 
34.1 
25.7 
27.9 
18.1 
18.0 
6.6 

69.9 

3.4 
2.5 

17.62 
0.72 
0.33 
6.26 
0.07 
0.54 
0.25 

1.1% 

0.3% 
1 .O% 

1.3% 
1.4% 
1 .O% 
1 .O% 
0.8% 
0.9% 
1 .O% 
0.9% 
0.9% 
1.1% 
1 .O% 
0.9% 
1.1% 
0.6% 
0.9% 
0.3% 

0.5% 

0.1% 
0.2% 

0.3% 
0.8% 
0.8% 

1.1% 
0.2% 
0.8% 

1.5% 

11 2001 0.79 0.79 0.79 0.79 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.lYOl 
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cesbingbk.dlOO611 a 

per day oil equivalent) 

Bus Transportation 
Freight Trucks 
Rail, Passenger 
Rail, Freight 
Shipping, Domestic 
Shipping, International 
Recreational Boats 
Air 
Military Use 
Lubricants 
Pipeline Fuel 
Total 

0 I P 
2008 
0.25 
2.70 
0.71 
0.14 
0.67 
27.95 

8.55 
0.32 
0.1 3 
2.26 
0.02 
0.27 
0.1 1 
0.39 
0.13 
1.31 
0.34 
0.07 
0.31 
14.22 

1 240 
1241 
I242 

2009 
0.26 
2.66 
0.75 
0.13 
0.65 
27.23 

8.62 
0.30 
0.13 
2.05 
0.02 
0.24 
0.09 
0.34 
0.14 
1.29 
0.36 
0.06 
0.31 
13.95 

National-Highway Traffic and Safety Administration, Summary of Fuel Economy Performance (Washington, DC, December 9, 2009); 
U.S. Department of Commerce, Bureau of the Census, "Vehicle Inventory and Use Survey," EC02TV (Washington, DC, December 2004); 
EIA, Alternatives to Traditional Transportation Fuels 2008 (Part II - User and Fuel Data), April 201 0; 

201 0 
0.26 
2.58 
0.76 
0.13 
0.67 
27.42 

8.68 
0.30 
0.1 3 
2.12 
0.02 
0.25 
0.10 
0.35 
0.14 
I .25 
0.37 
0.06 
0.31 
14.08 

201 1 
0.27 
2.60 
0.75 
0.12 
0.65 
27.62 

8.70 
0.31 
0.13 
2.23 
0.02 
0.26 
0.1 0 
0.35 
0.1 4 
1.26 
0.36 
0.06 
0.31 
14.22 

201 2 
0.27 
2.61 
0.73 
0.12 
0.64 
27.91 

8.75 
0.33 
0.13 
2.31 
0.02 
0.27 
0.1 0 
0.34 
0.1 5 
I .26 
0.35 
0.06 
0.30 
14.37 

201 3 
0.27 
2.64 
0.70 
0.1 2 
0.64 
28.29 

8.80 
0.34 
0.1 3 
2.43 
0.02 
0.27 
0.10 
0.34 
0.15 
1.28 
0.34 
0.06 
0.30 
14.56 

201 4 
0.27 
2.68 
0.69 
0.12 
0.65 
28.38 

8.82 
0.34 
0.13 
2.44 
0.03 
0.27 
0.10 
0.34 
0.15 
I .30 
0.33 
0.06 
0.31 
14.61 

201 5 
0.27 
2.71 
0.69 
0.12 
0.70 
28.45 

8.83 
0.34 
0.1 4 
2.45 
0.03 
0.25 
0.1 0 
0.34 
0.1 5 
1.31 
0.33 
0.06 
0.33 
14.64 

201 6 
0.28 
2.73 
0.68 
0.12 
0.68 
28.51 

8.83 
0.34 
0.14 
2.46 
0.03 
0.26 
0.10 
0.34 
0.15 
1.32 
0.33 
0.06 
0.32 
14.68 

201 7 
0.28 
2.76 
0.69 
0.12 
0.67 
28.59 

8.85 
0.34 
0.14 
2.49 
0.03 
0.26 
0.1 0 
0.35 
0.15 
1.34 
0.33 
0.06 
0.32 
14.74 

201 8 
0.28 
2.79 
0.69 
0.12 
0.68 
28.66 

8.85 
0.34 
0.1 4 
2.52 
0.03 
0.26 
0.1 0 
0.35 
0.1 5 
1.35 
0.33 
0.06 
0.32 
14.80 

201 9 
0.28 
2.82 
0.69 
0.1 2 
0.68 
28.74 

8.86 
0.34 
0.14 
2.55 
0.03 
0.26 
0.1 0 
0.35 
0.15 
1.36 
0.33 
0.06 
0.32 
14.86 

2020 
0.28 
2.84 
0.70 
0.12 
0.69 
28.83 

8.87 
0.34 
0.14 
2.58 
0.03 
0.27 
0.1 1 
0.35 
0.15 
1.37 
0.34 
0.06 
0.32 
14.93 

2021 
0.28 
2.87 
0.7C 
0.13 
0.6e 
28.93 

8.85 
0.34 
0.14 
2.61 
0.0: 
0.2E 
0.1 1 
0.35 
0.1 E 
1.3: 
0.34 
0.OE 
0.32 
14.9: 

I /  Commercial trucks 8,500 to 10,000 pounds gross vehicle weight rating. 
21 CAFE standard based on projected new vehicle sales. 
3/ Includes CAFE credits for alternative fueled vehicles sales and credit banking. 
4/ Environmental Protection Agency rated miles per gallon. 
5/ Tested new vehicle efficiency revised for on-road performance. 
6/ Combined car and light truck "on-the-road estimate. 
Btu = British thermal unit. 
Note: Totals may not eaual sum of components due to independent rounding. Data for 2008 and 2009 

are model results and may differ slightly from official EIA data'reports. 
Sources: 2008 and 2009: U.S. Energy Information Administration (EIA), Natural Gas Annual 

2008, DOE/EIA-0131(2008) (Washington, DC, March 2010); EIA, Annual Energy Review 
2009, DOE/EIA-0384(2009) (Washington, DC, August 2010); 
Federal Highway Administration, Highway Statistics 2008 (Washington, DC, April 2010); 
Oak Ridge National Laboratory, Transportation Energy Data Book: Edition 29 and Annual (Oak Ridge, TN, 2010); 



2022 
0.29 
2.89 
0.71 
0.13 
0.69 
29.04 

8.90 
0.34 
0.14 
2.64 
0.03 
0.27 
0.1 I 
0.35 
0.1 6 
1.40 
0.34 
0.06 
0.32 
15.05 

2023 
0.29 
2.91 
0.71 
0.1 3 
0.69 
29.1 3 

8.95 
0.34 
0.14 
2.67 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
1.41 
0.34 
0.06 
0.32 
15.1 4 

2024 
0.29 
2.93 
0.71 
0.13 
0.69 
29.25 

9.02 
0.34 
0.15 
2.69 
0.03 
0.26 
0.1 I 
0.35 
0.1 6 
1.42 
0.34 
0.06 
0.32 
15.25 

2025 
0.29 
2.95 
0.72 
0.13 
0.68 
29.41 

9.07 
0.34 
0.1 5 
2.72 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
1.43 
0.34 
0.06 
0.32 
15.35 

2026 
0.29 
2.97 
0.72 
0.1 3 
0.68 
29.53 

9.12 
0.34 
0.15 
2.75 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
1.44 
0.35 
0.06 
0.32 
15.44 

2027 
0.29 
2.99 
0.73 
0.1 3 
0.69 
29.74 

9.1 7 
0.35 
0.1 5 
2.78 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
1.44 
0.35 
0.06 
0.32 
15.53 

2028 
0.30 
3.00 
0.73 
0.1 3 
0.69 
29.86 

9.26 
0.35 
0.1 5 
2.80 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
1.45 
0.35 
0.06 
0.33 
15.66 

2029 
0.30 
3.02 
0.73 
0.13 
0.69 
30.07 

9.30 
0.35 
0.15 
2.83 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
I .46 
0.35 
0.06 
0.33 
15.74 

2030 
0.30 
3.03 
0.74 
0.1 3 
0.69 
30.35 

9.38 
0.35 
0.1 5 
2.86 
0.03 
0.26 
0.1 1 
0.35 
0.1 6 
1.47 
0.35 
0.06 
0.33 
15.87 

2031 
0.30 
3.04 
0.74 
0.1 3 
0.70 
30.62 

9.47 
0.36 
0.1 5 
2.89 
0.03 
0.25 
0.1 1 
0.35 
0.1 6 
1.47 
0.36 
0.06 
0.33 
16.01 

2032 
0.30 
3.05 
0.74 
0.1 3 
0.71 
30.85 

9.56 
0.36 
0.1 6 
2.92 
0.03 
0.25 
0.1 1 
0.35 
0.1 6 
1.48 
0.36 
0.06 
0.34 
16.14 

2033 
0.30 
3.06 
0.75 
0.13 
0.72 
31.09 

9.63 
0.36 
0.1 6 
2.95 
0.03 
0.25 
0.1 1 
0.35 
0.17 
1.48 
0.36 
0.06 
0.34 
16.25 

2034 
0.31 
3.07 
0.75 
0.13 
0.73 
31.35 

9.71 
0.37 
0.1 6 
2.98 
0.03 
0.26 
0.1 2 
0.35 
0.17 
1.48 
0.36 
0.06 
0.34 
16.39 

2035 
0.31 
3.07 
0.76 
0.13 
0.78 
31.65 

9.79 
0.37 
0.16 
3.01 
0.03 
0.26 
0.1 2 
0.35 
0.1 7 
1.49 
0.36 
0.06 
0.37 
16.54 

0.6% 
0.6% 
0.0% 
0.1% 
0.7% 
0.6% 

0.5% 
0.8% 
0.8% 
1.5% 
1.1% 
0.2% 
0.8% 
0.1% 
0.7% 
0.6% 
0.1 % 
0.1% 
0.7% 
0.7% 

. I 12421 
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8. Electricity Supply, Disposition, Prices, and Emissions 
(billion kilowatthours, unless otherwise noted) 

Supply, Disposition, and Prices 2008 2009 201 0 

G H I I I J I K I L I M I N I 0 P 

201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

1281 
1282 

112801 Net Generation by Fuel Type 

Electric Power Sector 1/ 



2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 
2009 
203f 
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1289 Renewable Solrces 5/ 
1290 Distributed Generation (Natural Gas) 

~ Total 

P 

Heat and Power 6/ 

1321 ITotal Electricity Generation 

1294 Petroleum 
1295 Natural Gas 

Renewable Sources 

Total Net Generation 
Less Direct Use 

H 
Total 

1 

Net Available to the Grid 

End-Use Generation 7/ 
Coal 
Petroleum 
Natural Gas 
Other Gaseous Fuels 81 
Renewable Sources 9/ 
Other IO/ 
Total 

Less Direct Use 
Total Sales to the Grid 

Total Electricity Generation by Fuel 
1315 Coal H 131 6 Petroleum 

Natural Gas 
Nuclear Power 
Renewable Sources 5,9/ 
Other 1 I/  

2008 

1932 
39 

683 
806 

0 
347 

0 
3807 

37 
4 

119 
4 

167 
3974 

35 

3939 

19 
3 

80 
11 
34 
2 

149 
120 
29 

1987 
46 

882 
806 
385 

16 
41 23 

2009 

1719 
32 

722 
799 

2 
380 

0 
3653 

30 
4 

119 
4 

161 
381 4 

35 

3779 

23 
5 

90 
11 
36 
2 

167 
135 
31 

1772 
41 

931 
799 
420 

18 
3980 

201 0 

1829 
40 

762 
803 

0 
371 

0 
3804 

28 
0 

128 
3 

159 
3963 

33 

3930 

23 
5 

102 
11 
41 

1 
183 
149 
35 

1880 
45 

993 
803 
41 4 

12 
41 47 

201 1 

1791 
39 

71 3 
803 

0 
407 

0 
3752 

26 
0 

126 
3 

155 
3908 

33 

3874 

23 
5 

112 
11 
46 

1 
198 
161 
37 

1840 
44 

951 
803 
455 

12 
41 05 

201 2 

1828 
39 

640 
81 3 

0 
490 

0 
381 0 

24 
0 

116 
3 

143 
3953 

33 

391 9 

23 
5 

117 
14 
51 

1 
21 1 
171 
40 

I875 
44 

873 
81 3 
543 

16 
41 63 

201 3 

1829 
39 

643 
827 

0 
51 4 

0 
3852 

23 
0 

116 
3 

1 42 
3994 

33 

3960 

23 
5 

122 
15 
55 

1 
220 
179 
42 

1875 
44 

881 
827 
572 

16 
421 4 

201 4 

1801 
38 

652 
833 

0 
535 

0 
3858 

22 
0 

117 
3 

142 
4000 

33 

3967 

23 
5 

125 
15 
57 

1 
226 
183 
43 

1846 
43 

894 
833 
595 

16 
4226 

201 5 

1484 
39 

891 
839 

0 
578 

0 
3831 

15 
0 

156 
4 

175 
4006 

33 

3973 

29 
5 

128 
15 
62 

1 
240 
194 
46 

1528 
44 

1174 
839 
644 

16 
4246 

201 6 

1533 
38 

849 
809 

0 
620 

0 
3849 

16 
0 

146 
5 

168 
401 7 

33 

3984 

30 
5 

131 
15 
65 

1 
247 
199 
47 

1580 
44 

1126 
809 
690 

16 
4264 

201 7 

1493 
39 

862 
803 

0 
682 

0 
3879 

15 
0 

146 
6 

167 
4047 

33 

401 4 

30 
5 

132 
14 
68 
1 

251 
202 
49 

1538 
44 

1141 
803 
756 

15 
4298 

201 8 

1460 
39 

897 
81 3 

0 
70 1 

0 
391 1 

14 
0 

150 
6 

170 
4081 

33 

4049 

31 
5 

134 
14 
72 

1 
256 
205 
52 

1505 
44 

1181 
81 3 
778 

15 
4337 

201 9 

1440 
38 

926 
824 

0 
71 2 

0 
3939 

14 
0 

156 
6 

176 
4115 

33 

4083 

31 
5 

136 
15 
76 

1 
263 
208 
55 

1484 
44 

1218 
824 
793 

16 
4378 

2020 

1468 
38 

957 
824 

0 
694 

0 
3980 

14 
0 

146 
6 

166 
41 46 

33 

4113 

31 
5 

138 
15 
82 

I 
272 
21 2 
60 

1513 
43 

1241 
824 
781 

16 
441 8 

2021 

1450 
38 

969 
81 8 

0 
728 

0 
4004 

14 
0 

141 
6 

161 
41 65 

33 

41 33 

32 
5 

141 
15 
89 

1 
284 
21 7 
66 

1497 
44 

1251 
81 8 
823 

16 
4449 



2022 

1450 
39 

1003 
809 

0 
730 

0 
4032 

14 
0 

137 
6 

157 
41 90 

33 

41 57 

35 
5 

144 
15 
98 

1 
298 
224 
74 

1500 
44 

1285 
809 
834 

16 

Q R S 
2023 

1417 
38 

1026 
821 

0 
754 

0 
4057 

13 
0 

135 
5 

154 
421 1 

33 

41 78 

42 
5 

149 
15 

108 
1 

31 9 
236 
84 

1472 
43 

1310 
821 
868 

16 

T U v W X Y z AA I AB I AC I AD I A€ 

1321 I 4488 4530 461 2 

2024 

1397 
38 

1045 
838 

0 
771 

0 
4089 

13 
0 

125 
6 

144 
4233 

33 

4200 

45 
5 

155 
15 

117 
I 

338 
246 
92 

1456 
43 

1324 
838 
894 

16 
I 

2025 

1369 
38 

1058 
859 

0 
790 

0 
4113 

13 
0 

121 
6 

139 
4253 

33 

4220 

49 
5 

162 
15 

127 
1 

359 
259 
100 

1431 
43 

1341 
859 
922 

16 

2026 

1333 
38 

1074 
882 

0 
808 

0 
41 33 

13 
0 

120 
6 

139 
4272 

33 

4239 

54 
5 

171 
15 

134 
1 

380 
274 
106 

1399 
43 

1365 
882 
948 

16 

2027 

1286 
37 

1090 
908 

0 
828 

0 
41 49 

12 
0 

121 
6 

140 
4289 

33 

4256 

59 
5 

182 
15 

142 
1 

403 
291 
112 

1357 
43 

1393 
908 
975 

16 
4571 4652 4692 

2028 

1229 
37 

1109 
938 

0 
850 

0 
41 64 

11 
0 

123 
6 

140 
4304 

33 

4271 

64 
5 

195 
15 

146 
1 

426 
308 
118 

1304 
42 

1427 
938 

1002 
16 

4729 

2029 

1179 
37 

1110 
972 

0 
874 

0 
41 73 

11 
0 

I23 
5 

139 
431 3 

33 

4280 

69 
5 

21 0 
15 

147 
1 

447 
325 
122 

1259 
42 

1444 
972 

1027 
16 

4760 

2030 

1106 
37 

1153 
1011 

0 
893 

0 
4201 

8 
0 

121 
5 

134 
4335 

33 

4303 

75 
5 

228 
15 

147 
1 

471 
344 
127 

1190 
42 

1502 
1011 
1046 

16 
4806 

2031 

1022 
37 

1225 
1039 

0 
891 

0 
421 4 

8 
0 

119 
5 

131 
4346 

32 

431 3 

81 
5 

245 
15 

148 
1 

495 
363 
132 

1111 
42 

1589 
1039 
1044 

16 
4841 

2032 

948 
37 

1290 
1076 

0 
878 

0 
4230 

6 
0 

115 
5 

126 
4355 

32 

4323 

87 
5 

259 
15 

149 
1 

517 
380 
137 

1042 
42 

1664 
1076 
1032 

16 
4872 

2033 

91 9 
37 

1374 
1023 

0 
88 1 

0 
4234 

7 
0 

113 
5 

124 
4358 

32 

4325 

94 
5 

273 
15 

150 
1 

538 
397 
141 

1019 
42 

1760 
1023 
1036 

16 
4896 

2034 

973 
38 

1439 
885 

0 
895 

0 
4230 

5 
0 

111 
4 

121 
4350 

32 

431 8 

100 
5 

285 
15 

152 
1 

558 
41 2 
146 

1078 
43 

1836 
885 

1051 
16 

4908 

2035 

932 
38 

1563 
783 

0 
892 

0 
4208 

5 
0 

121 
5 

131 
4339 

32 

4307 

106 
5 

296 
15 

153 
I 

577 
427 
149 

1044 
43 

1980 
783 

1050 
16 

491 6 

-2.3% 
0.7% 
3.0% 

-0.1 Yo 
- -  
3.3% - -  
0.5% 

-6.5% 
-10.1% 

0.0% 
0.1% 
-0.8% 
0.5% 

-0.3% 

0.5% 

6.1% 
-0.3% 
4.7% 
1.4% 
5.7% 

- 1 .8% 
4.9% 
4.5% 
6.2% 

-2.0% 
0.2% 

-0.1 70 
3.6% 

-0.3% 

2.9% 

0.8%1 



B C D E F G H I J 
I I Icesbingbk.dlOO611 a 

1327 
1328 
1329 

- 
- 

2008 

Residential 
Commercial 
Industrial 

Total Net Generation to the Grid 3968 

1330 
1331 
1332 
1333 
1334 
1335 
- 1336 
1337 
1338 
1339 
- 1340 
- 1341 
- 1342 
1343 
1344 

- 
- 

- 
- 
- 

- 

Transportation 
Total 

Direct Use 
Total Electricity Use 

End-Use Prices 
(2009 cents per kilowatthour) 

Residential 
Commercial 
Industrial 
Transportation 

All Sectors Average 
(nominal cents per kilowatthour) 

Residential 
Commercial 

1349 
1350 
1351 

lm1Electric Power Sector Emissions 11 

Prices by Service Category 
(2009 cents per kilowatthour) 
Generation 

33 

1380 
1336 
1009 

7 
3732 

154 
3886 

11.3 
10.4 
6.8 

11.8 
9.8 

11.2 
10.3 
6.8 

11.7 
9.7 

6.1 
0.7 
2.9 

6.1 
0.7 
2.9 

2009 
381 0 

34 

1363 
1323 
882 

7 
3575 

170 
3745 

11.5 
10.1 
6.8 

11.9 
9.8 

11.5 
10.1 
6.8 

11.9 
9.8 

6.0 
0.7 
3.0 

6.0 
0.7 
3.0 

201 0 
3965 

35 

1455 
1349 
937 

7 
3749 

182 
3931 

11.4 
9.7 
6.4 

10.3 
9.6 

11.5 
9.8 
6.5 

10.4 
9.6 

5.8 
0.8 
3.1 

5.8 
0.8 
3.1 

201 1 
391 1 

31 

1357 
1356 
974 

7 
3695 

194 
3889 

10.7 
9.4 
6.1 

10.4 
9.0 

11.0 
9.6 
6.2 

10.7 
9.2 

5.2 
0.8 
3.1 

5.3 
0.8 
3.1 

201 2 
3959 

32 

1369 
1369 
999 

7 
3744 
204 
3949 

10.7 
9.2 
6.0 

10.3 
8.9 

11.1 
9.5 
6.2 

10.6 
9.2 

5.0 
0.8 
3.1 

5.2 
0.8 
3.2 

201 3 
4002 

32 

1353 
1384 
1045 

8 
3790 
21 2 
4002 

10.7 
9.0 
5.9 

10.0 
8.8 

11.3 
9.5 
6.2 

10.6 
9.2 

4.9 
0.8 
3.1 

5.2 
0.9 
3.2 

201 4 
401 0 

33 

1352 
1402 
1040 

8 
3802 
21 7 
401 9 

10.7 
8.9 
5.9 
9.8 
8.7 

I I .5 
9.6 
6.3 

10.5 
9.4 

4.9 
0.8 
3.1 

5.2 
0.9 
3.3 

201 5 
401 9 

33 

1349 
1420 
1039 

8 
381 6 

227 
4043 

10.9 
9.1 
6.0 
9.9 
8.9 

11.9 
9.9 
6.6 

10.8 
9.7 

5.0 
0.8 
3.0 

5.5 
0.9 
3.3 

201 6 
4032 

34 

1356 
1439 
1030 

9 
3834 
232 
4066 

10.9 
9.1 
6.0 
9.7 
8.9 

12.1 
10.1 
6.7 

10.8 
9.9 

5.1 
0.8 
3.0 

5.7 
0.9 
3.3 

201 7 
4063 

33 

1361 
1460 
1033 

9 
3863 
235 
4098 

10.8 
9.0 
6.0 
9.5 
8.8 

12.3 
10.3 
6.8 

10.8 
10.1 

5.1 
0.8 
3.0 

5.8 
0.9 
3.4 

201 8 
41 00 

30 

1370 
1482 
1034 

9 
3895 
237 
41 33 

10.8 
9.1 
6.0 
9.4 
8.9 

12.6 
10.6 
7.0 

11.0 
10.3 

5.2 
0.8 
2.9 

6.0 
1 .o 
3.4 

201 9 
41 38 

29 

1381 
1503 
1036 

10 
3929 
240 
41 70 

10.8 
9.1 
6.0 
9.5 
8.9 

12.8 
10.8 
7.2 

11.3 
10.6 

5.3 
0.8 
2.8 

6.2 
1 .o 
3.4 

2020 
41 73 

27 

1390 
1523 
1038 

10 
3962 
244 
4206 

10.8 
9.1 
6.1 
9.5 
8.9 

13.1 
11.1 
7.4 

11.6 
10.8 

5.3 
0.8 
2.8 

6.5 
1 .o 
3.4 

2021 
41 99 

30 

1399 
1542 
1037 

11 
3989 
250 
4238 

10.8 
9.2 
6.2 
9.7 
9.0 

13.4 
11.4 
7.6 

11.9 
11.1 

5.5 
0.8 
2.8 

6.7 
1 .o 
3.4 

11 3601 Sulfur Dioxide (million tons) 7.62 5.72 6.05 5.49 5.42 5.35 5.04 4.1 1 4.61 4.13 4.04 3.73 4.1 6 3.961 
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2022 
4231 

29 

I41 1 
1562 
1034 

11 
401 8 
257 
4275 

10.9 
9.3 
6.2 
9.8 
9.0 

13.6 
11.6 
7.8 

12.3 
11.3 

5.5 
0.8 
2.7 

6.9 
1 .o 
3.4 

3.46 

2023 
4262 

26 

1422 
1581 
1029 

12 
4044 
268 
431 2 

11.0 
9.4 
6.3 

10.1 
9.2 

14.0 
11.9 
8.1 

12.8 
11.7 

5.7 
0.8 
2.7 

7.3 
1 .I 
3.4 

3.50 

2024 
4292 

25 

1436 
1600 
1023 

13 
4071 
279 
4350 

11.1 
9.5 
6.4 

10.3 
9.3 

14.4 
12.3 
8.3 

13.4 
12.0 

5.8 
0.8 
2.6 

7.6 
1 .I 
3.4 

3.40 

2025 
4320 

21 

1444 
1621 
1016 

13 
4095 
292 
4386 

11.2 
9.5 
6.5 

10.5 
9.4 

14.8 
12.6 
8.5 

13.9 
12.4 

6.0 
0.8 
2.6 

7.9 
1 . I  
3.4 

3.39 

2026 
4345 

19 

1455 
1642 
1004 

14 
4115 
306 
4422 

11.3 
9.7 
6.6 

10.8 
9.5 

15.2 
13.0 
8.9 

14.5 
12.8 

6.1 
0.8 
2.6 

8.2 
1 .I 
3.4 

3.32 

2027 
4368 

17 

1467 
1662 
992 

15 
41 36 
324 
4460 

11.4 
9.8 
6.7 

11.0 
9.6 

15.6 
13.4 
9.2 

15.1 
13.2 

6.3 
0.9 
2.5 

8.6 
1.2 
3.5 

3.54 

2028 
4389 

18 

1481 
1682 
977 

16 
41 56 

341 
4497 

1.6 
9.9 
6.8 
1.3 
9.8 

6.1 
3.8 
9.5 
5.8 
3.6 

6.5 
0.9 
2.5 

9.0 
1.2 
3.5 

3.25 

2029 
4403 

17 

1488 
1701 
962 

17 
41 68 

358 
4526 

11.7 
10.1 
7.0 

11.5 
9.9 

16.6 
14.3 
9.9 

16.4 
14.1 

6.6 
0.9 
2.5 

9.4 
1.2 
3.5 

3.52 

2030 
4429 

10 

1500 
1721 
948 

17 
41 87 
377 
4564 

11.8 
10.1 
7.1 

11.7 
10.0 

17.0 
14.7 
10.3 
17.0 
14.5 

6.8 
0.9 
2.5 

9.8 
1.3 
3.6 

3.49 

2031 
4445 

13 

I51 1 
1742 
934 

18 
4205 

396 
4601 

11.9 
10.2 
7.2 

11.9 
0.1 

7.5 
5.0 
0.6 
7.6 
4.9 

6.9 
0.9 
2.4 

10.1 
1.3 
3.6 

3.26 

2032 
4460 

18 

1524 
1761 
91 9 

19 
4223 
41 3 
4636 

12.1 
10.3 
7.4 

12.2 
10.3 

18.1 
15.5 
11.1 
18.4 
15.5 

7.1 
0.9 
2.4 

10.6 
1.3 
3.6 

2.83 

2033 
4467 

18 

1527 
1777 
906 

20 
4231 
429 
4660 

12.4 
10.6 
7.6 

12.7 
10.6 

18.9 
16.3 
11.7 
19.5 
16.3 

7.4 
0.9 
2.4 

11.3 
1.4 
3.7 

2.89 

2034 
4464 

28 

1533 
1790 
894 
21 

4238 
444 
4683 

12.7 
11.0 
7.9 

13.3 
11.0 

19.9 
17.2 
12.4 
20.7 
17.1 

7.7 
0.9 
2.4 

12.0 
1.4 
3.8 

3.1 6 

2035 
4456 

41 

1539 
1801 
881 
22 

4243 
459 
4702 

13.0 
11.4 
8.2 

13.8 
11.3 

20.8 
18.1 
13.1 
22.0 
18.1 

8.1 
0.9 
2.4 

12.9 
1.5 
3.8 

2.68 

0.6% 

0.7% 

0.5% 
1.2% 
0.0% 
4.5% 
0.7% 
3.9% 
0.9% 

0.5% 
0.5% 
0.8% 
0.6% 
0.6% 

2.3% 
2.3% 
2.6% 
2.4% 
2.4% 

I .I Yo 
0.8% 

-0.9% 

3.0% 
2.6% 
0.9% 

-2.9%1 
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I 
1361 Nitrogenoxide (million tons) 3 1362 Mercury (tons) 

cesbin~bk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 2017 201 8 201 9 2020 2021 
3.01 1.99 2.60 2.24 2.21 2.17 2.1 0 1.76 1.86 1.88 1.86 1.85 1.91 1.8E 

45.27 40.67 40.99 38.27 38.48 39.07 38.34 22.04 22.53 21.21 21.41 21.06 21.69 20.8; 

1365 
1366 
1367 
1368 

- 
- 11 Includes electricity-only and combined heat and power plants whose primary business is to sell electricity, 

or electricity and heat, to the public. 
1369 
1370 
1371 
1372 
1373 
1374 
1375 
1376 
1377 - 
1378 
1379 
1380 
1381 
1382 
1383 
1384 
1385 
1386 
1387~ 
1388 
1389 
1390 

- 

- 

- 

- 

2/ Includes plants that only produce electricity. 
3/ Includes electricity generation from fuel cells. 
4/ Includes non-biogenic municipal waste. The U.S. Energy Information Administration 

estimates that in 2009 approximately 6 billion kilowatthours of electricity were generated from a municipal waste stream 
containing petroleum-derived plastics and other non-renewable sources. See U.S. Energy Information Administration, 
Methodology for Allocating Municipal Solid Waste to Biogenic and Non-Biogenic Energy, (Washington, DC, May 2007). 

other biomass, solar, and wind power. 

(Le., those that report North American Industry Classification System code 22). 

small on-site generating systems in the residential, commercial, and industrial sectors 
used primarily for own-use generation, but which may also sell some power to the grid. 

5/ Includes conventional hydroelectric, geothermal, wood, wood waste, biogenic municipal waste, landfill gas, 

61 Includes combined heat and power plants whose primary business is to sell electricity and heat to the public 

7/ Includes combined heat and power plants and electricity-only plants in the commercial and industrial sectors; and 

8/ Includes refinery gas and still gas. 
9/ Includes conventional hydroelectric, geothermal, wood, wood waste, all municipal waste, landfill gas, 

other biomass, solar, and wind power. 
1 O/ Includes batteries, chemicals, hydrogen, pitch, purchased steam, sulfur, and miscellaneous technologies. 
1 I/ Includes pumped storage, non-biogenic municipal waste, refinery gas, still gas, batteries, 

- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 and 2009 electric power sector generation; sales to utilities; 

chemicals, hydrogen, pitch, purchased steam, sulfur, and miscellaneous technologies. 

are model results and may differ slightly from official EIA data reports. 

1392 net imports; electricity sales; electricity end-use prices; and emissions: US.  Energy Information Administration (EIA), 
1393 Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0) and supporting databases. 
1394 2008 and 2009 prices: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO611 a. 
1 1 395 Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.d100611 a. 
1396 
1397 
1398 
1399 
1400 9. Electricity Generating Capacity 
1401 (gigawatts) 
1402 - 
1403 Net Summer Capacity I/ 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 202 



Q R 5 I 1- U v W I X Y I z I AA I AB I AC I AD I A€  
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 
1.86 1.80 1.77 1.76 I .73 1.69 1.64 1.59 1.51 1.42 1.33 1.35 1.42 1.37 -1.4% 

20.99 20.24 19.91 19.36 19.40 18.57 17.96 17.09 15.95 15.1 2 13.72 13.66 15.18 14.50 -3.9% 

1 
1361 
1362 
1363 
1364 
1365 
1366 
1367 
1368 
1369 
1370 
1371 
1372 
1373 
1374 
1375 
1376 
1377 
1378 
1379 
1380 
1381 
1382 
1383 
1384 
1385 
1386 
1387 

1389 
1390 
1391 
1392 
1393 
1394 
1395 
1396 
1397 
1398 
1396 
140C 
1401 
1402 
I402 

- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- - 
- 
- 
- 
- 
- - 
- 
- 
- 
- - 
- 
- 
- 
I 388 - 
- 
- 
- 
- 
- 
- - 
- 
- 
- 
- 
- 
- 
- 2009 

2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 203: 
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B I C I D I E I F I G I H 
cesbingbk.dlOO611 a 

I I J K I L I M N I 0 I P 

Coal 
Oil and Natural Gas Steam 4/ 
Combined Cycle 
Combustion Turbine/Diesel 
Nuclear Power 5/ 
Pumped Storage 
Fuel Cells 
Renewable Sources 6/ 
Distributed Generation (Natural Gas) 7/ 
Total 

Combined Heat and Power 8/ 
Coal 
Oil and Natural Gas Steam 4/ 
Combined Cycle 
Combustion Turbine/Diesel 
Renewable Sources 6/ 
Total 

Cumulative Planned Additions 9/ 
Coal 
Oil and Natural Gas Steam 4/ 
Combined Cycle 
Combustion Turbine/Diesel 
Nuclear Power 

114421 PumDed Storaae 

2008 

304.4 
114.6 
157.1 
131.7 
100.6 
21.8 

0.0 
109.7 

0.0 
939.8 

4.7 
0.4 

31.8 
2.8 
0.7 
40.4 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

2009 

308.2 
114.0 
165.4 
134.6 
101 .o 
21.8 

0.0 
11 6.3 

0.0 
961.5 

4.7 
0.4 

31.8 
2.9 
0.7 
40.4 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

201 0 

31 3.5 
11 3.2 
166.0 
135.5 
101.1 
21.8 

0.0 
122.4 

0.0 
973.4 

4.6 
0.4 

32.3 
3.0 
0.7 
40.9 

5.7 
0.0 
1 .o 
1.3 
0.0 
0.0 
0.0 
0.0 
0.0 
7.9 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

201 1 

31 5.0 
112.5 
168.4 
136.0 
101.2 
21.8 

0.0 
127.8 

0.0 
982.8 

4.6 
0.4 

32.8 
3.0 
0.7 
41.5 

7.8 
0.0 
4.4 
2.0 
0.0 
0.0 
0.0 
0.2 
0.0 
14.3 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

201 2 

31 8.5 
112.5 
170.4 
136.0 
102.4 
21.8 

0.0 
145.1 

0.1 
1006.9 

4.6 
0.4 

32.8 
3.0 
0.7 
41.5 

11.5 
0.0 
6.4 
2.0 
0.0 
0.0 
0.0 
0.4 
0.0 
20.3 

0.0 
0.0 
0.0 
0.0 
0.0 

201 3 

31 7.4 
112.2 
170.4 
137.5 
104.5 
21.8 

0.0 
148.6 

0.3 
101 2.8 

4.6 
0.4 

32.8 
3.0 
0.7 
41.5 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.7 
0.0 
21.7 

0.0 
0.0 
0.0 
1.6 
0.0 

201 4 

31 7.3 
103.9 
170.4 
136.8 
105.0 
21.8 

0.0 
150.2 

0.3 
1005.7 

4.6 
0.4 

32.8 
3.0 
0.7 
41.5 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.7 
0.0 
21.7 

0.0 
0.0 
0.0 
1.6 
0.0 

201 5 

289.2 
97.7 

171.4 
135.0 
105.7 
21.8 

0.0 
150.7 

0.3 
971.9 

4.3 
0.4 

32.8 
3.0 
0.7 
41 .I 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.7 
0.0 
21.7 

0.0 
0.0 
1 .o 
1.6 
0.0 

201 6 

286.0 
91.9 

172.0 
132.6 
101.8 
21.8 

0.0 
151.0 

0.3 
957.4 

4.2 
0.4 

32.8 
3.0 
0.7 
41 .O 

11.5 
0.0 
6.4 
2.0 
1.1 
0.0 
0.0 
0.8 
0.0 
21.7 

1 .o 
0.0 
1.5 
1.6 
0.0 

201 7 

280.1 
89.0 

172.9 
131.5 
101 .I 
21.8 

0.0 
151.8 

0.3 
948.7 

4.2 
0.4 

32.8 
3.0 
0.7 
41 .O 

11.5 
0.0 
6.4 
2.0 
1.1 
0.0 
0.0 
0.8 
0.0 
21.7 

2.0 
0.0 
2.5 
1.6 
1.3 
0.0 

201 8 

271.9 
87.4 

175.1 
131 .O 
102.4 
21.8 

0.0 
151.9 

0.3 
941.8 

3.5 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.8 
0.0 
21.8 

2.0 
0.0 
4.7 
1.6 
2.6 

201 9 

269.9 
87.2 

177.6 
130.6 
103.7 
21.8 
0.0 

151.9 
0.3 

943.1 

3.5 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.8 
0.0 
21.8 

2.0 
0.0 
7.1 
1.6 
3.9 

2020 

269.5 
87.2 

182.6 
130.6 
103.9 
21.8 

0.0 
152.1 

0.4 
948.1 

3.5 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 . I  
0.0 
0.0 
0.8 
0.0 
21.8 

2.0 
0.0 

12.1 
1.6 
5.9 

2021 

268.8 
87.2 

188.3 
130.5 
103.1 
21.8 

0.0 
152.1 

0.4 
952.3 

3.5 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.9 
0.0 
21.8 

2.0 
0.0 

17.9 
1.6 
5.9 

0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
I " 
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2022 

268.6 
87.1 

194.9 
130.1 
101.9 
21.8 

0.0 
152.2 

0.4 
957.0 

3.5 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.9 
0.0 
21.9 

2.0 
0.0 

24.5 
1.6 
5.9 

Q 
2023 

267.5 
86.4 

202.5 
129.2 
103.9 
21.8 

0.0 
158.7 

0.4 
970.4 

3.5 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
I .I 
0.0 
0.0 
0.9 
0.0 
21.9 

2.0 
0.0 

32.1 
1.6 
7.9 

R S T U I v W I X Y I z I AA I AB I AC I AD I A€  
2024 

267.5 
84.5 

21 1.3 
129.1 
106.2 
21.8 
0.0 

162.9 
0.4 

983.8 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
0.9 
0.0 
21.9 

2.0 
0.0 

40.8 
1.6 

10.2 

2025 

267.3 
84.5 

21 6.4 
129.0 
108.9 
21.8 
0.0 

167.8 
0.4 

996.1 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
1 .o 
0.0 
21.9 

2.0 
0.0 

46.0 
1.6 

12.8 

2026 

266.8 
83.5 

21 9.4 
128.9 
111.8 
21.8 
0.0 

173.3 
0.4 

1006.0 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
1 .o 
0.0 
21.9 

2.0 
0.0 

48.9 
1.6 

15.8 
0.0 

2027 

266.3 
83.5 

223.8 
128.9 
I1 5.2 
21.8 

0.0 
179.6 

0.4 
101 9.6 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
I .I 
0.0 
0.0 
1 .o 
0.0 
22.0 

2.0 
0.0 

53.3 
1.6 

19.1 

2028 

265.1 
83.5 

226.8 
129.0 
119.1 
21.8 

0.0 
186.9 

0.4 
1032.8 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
1 .o 
0.0 
22.0 

2.0 
0.0 

56.4 
1.7 

23.0 
0.0 

2029 

263.7 
83.5 

228.8 
129.1 
123.5 
21.8 

0.0 
195.3 

0.4 
1046.3 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
1 .o 
0.0 
22.0 

2.0 
0.0 

58.4 
1.8 

27.5 
0.0 

2030 

261.8 
83.5 

234.9 
1 29.1 
128.6 
21.8 

0.0 
204.8 

0.5 
1065.2 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
I .I 
0.0 
22.0 

2.0 
0.0 

64.5 
1.8 

32.6 
0.0 

2031 

258.6 
83.5 

245.0 
129.2 
134.5 
21.8 

0.0 
207.5 

0.6 
1080.7 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1.1 
0.0 
0.0 
1 .I 
0.0 
22.0 

2.0 
0.0 

74.5 
1.8 

38.5 
0.0 

2032 

255.3 
83.5 

254.5 
129.9 
141.3 
21.8 

0.0 
207.7 

0.6 
1094.7 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
1 .I 
0.0 
22.1 

2.0 
0.0 

84.1 
2.6 

45.2 
0.0 

2033 

252.5 
82.8 

266.1 
130.4 
149.0 
21.8 

0.0 
207.8 

0.7 
1111.1 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
I . I  
0.0 
22.1 

2.0 
0.0 

95.6 
3.0 

53.0 
0.0 

2034 

249.4 
82.8 

273.0 
131.8 
146.1 
21.8 

0.0 
207.9 

0.8 
1113.6 

3.4 
0.4 

32.8 
3.0 
0.7 
40.3 

11.5 
0.0 
6.4 
2.0 
I .I 
0.0 
0.0 
1 .I 
0.0 
22.1 

2.0 
0.0 

102.6 
4.4 

54.5 
0.0 

2035 

241.9 
81.8 

282.7 
133.0 
155.0 
21.8 

0.0 
21 0.0 

0.9 
11 27.2 

3.4 
0.4 

32.8 
3.0 
0.7 
40.2 

11.5 
0.0 
6.4 
2.0 
1 .I 
0.0 
0.0 
1 .I 
0.0 
22.1 

2.0 
0.0 

1 12.3 
5.7 

63.4 
0.0 
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~ 

1457 

cesbingbk.dlOO611 a 
Fuel Cells 
Renewable Sources 6/ 
Distributed Generation 7/ 
Total 

Cumulative Electric Power Sector Addi 

Cumulative Retirements 10/ 
Coal 
Oil and Natural Gas Steam 4/ 
Combined Cycle 
Combustion Turbine/Diesel 
Nuclear Power 
Pumped Storage 
Fuel Cells 
Renewable Sources 6/ 
Total 

~ 1460 Total Electric Power Sector Capacity 
I1461 I 

114691 Total ~1 Cumulative Capacity Additions 9/ 

2008 
0.0 
0.0 
0.0 
0.0 
0.0 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

980.2 

3.5 
0.9 

14.8 
1.9 
6.7 
0.7 
28.4 

0.0 

2009 
0.0 
0.0 
0.0 
0.0 
0.0 

0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 
0.0 

1001.9 

4.0 
1.2 

16.1 
1.9 
7.5 
0.7 
31.5 

0.0 

201 0 
0.0 
6.0 
0.0 
6.0 
14.0 

0.5 
0.9 
0.0 
0.2 
0.0 
0.0 
0.0 
0.0 
1.6 

101 4.4 

4.0 
I .2 

17.8 
1.9 
9.0 
0.7 
34.6 

3.1 

201 1 
0.0 

1 I .4 
0.0 
11.4 
25.7 

1 .o 
1.5 
0.4 
0.5 
0.0 
0.0 
0.0 
0.1 
3.4 

1024.2 

4.0 
I .2 

19.1 
1.9 

11.0 
0.7 
37.9 

6.4 

I /  Net summer capacity is the steady hourly output that generating equipment is expected to supply to 

2/ Includes electricity-only and combined heat and power plants whose primary business is to sell electricity, 

3/ Includes plants that only produce electricity. Includes capacity increases (uprates) at existing units. 
4/ Includes oil-, aas-. and dual-fired capacity. 

system load (exclusive of auxiliary power), as demonstrated by tests during summer peak demand. 

or electricity and heat, to the public. 

201 2 
0.0 

28.4 
0.1 
28.6 
48.9 

1.3 
1.5 
0.4 
0.5 
0.0 
0.0 
0.0 
0.1 
3.7 

1048.4 

3.9 
I .2 

19.7 
2.7 

12.8 
0.7 
41 .O 

9.5 

201 3 
0.0 

31.6 
0.3 
33.5 
55.2 

2.4 
1.8 
0.4 
0.5 
0.0 
0.0 
0.0 
0.1 
5.2 

1054.3 

3.9 
1.2 

20.3 
2.7 

14.4 
0.7 
43.2 

11.7 

201 4 
0.0 

33.2 
0.3 
35.1 
56.8 

2.4 
10.1 
0.4 
I .3 
0.0 
0.0 
0.0 
0.1 
14.3 

1047.2 

3.9 
1.2 

20.8 
2.7 

15.5 
0.7 
44.8 

13.3 

201 5 
0.0 

33.7 
0.3 
36.6 
58.3 

30.9 
16.3 
0.4 
3.0 
0.0 
0.0 
0.0 
0.1 
50.7 

101 3.0 

4.8 
1.2 

21 .I 
2.7 

17.3 
0.7 
47.9 

16.4 

201 6 
0.0 

34.0 
0.3 
38.4 
60.1 

35.2 
22.2 
0.4 
5.4 
4.1 
0.0 
0.0 
0.1 
67.3 

998.5 

5.0 
1.2 

21.5 
2.7 

18.9 
0.7 
50.0 

18.5 

201 7 
0.0 

34.8 
0.3 
42.5 
64.2 

42.1 
25.0 
0.4 
6.6 
6.1 
0.0 
0.0 
0.1 
80.2 

989.7 

5.0 
1.2 

21.7 
2.7 

19.4 
0.7 
50.7 

19.2 

201 8 
0.0 

34.8 
0.3 
46.0 
67.8 

51 .O 
26.7 
0.4 
7.1 
6.1 
0.0 
0.0 
0.1 
91.3 

982.1 

5.0 
1.2 

22.0 
2.7 

19.8 
0.7 
51.4 

19.9 

201 9 
0.0 

34.8 
0.3 
49.8 
71.6 

53.0 
26.8 
0.4 
7.4 
6.1 
0.0 
0.0 
0.1 
93.7 

983.5 

5.0 
I .2 

22.2 
2.7 

20.4 
0.7 
52.2 

20.7 

2020 
0.0 

35.0 
0.4 
57.0 
78.8 

53.4 
26.8 
0.4 
7.4 
7.8 
0.0 
0.0 
0.1 
96.0 

988.5 

5.1 
1.2 

22.6 
2.7 

21.2 
0.7 
53.5 

22.0 

2021 
0. c 

35.c 
0.4 
62.7 
84.E 

54.1 
26.E 

0.4 
7.5 
8.i 
0.c 
0.c 
0.1 
97.5 

992.7 

5.4 
1.4 

22.E 
2.i 

22.4 
0.i 
55.c 

23.5 

. -  . . .  
I4821 51 Nuclear capacity includes 3.8 gigawatts of uprates through 2035. 
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Q I R I .S T U v I W I X 
2022 
0.0 

35.1 
0.4 
69.4 
91.3 

54.3 
27.0 
0.4 
8.0 
9.8 
0.0 
0.0 
0.1 
99.6 

997.4 

5.6 
1.2 

23.4 
2.7 

23.4 
0.7 
57.0 

25.5 

Y I z I AA I AB I AC I AD I A€ 
2023 
0.0 

41.5 
0.4 
85.5 
107.4 

55.4 
27.7 
0.4 
8.9 
9.8 
0.0 
0.0 
0.1 

102.3 

101 0.8 

6.5 
1.2 

24.0 
2.7 

24.7 
0.7 
59.7 

28.2 

1477 
1478 
1479 
1480 
1481 
1482 
- 

2024 
0.0 

45.7 
0.4 

100.8 
122.7 

55.5 
29.5 

0.4 
9.0 
9.8 
0.0 
0.0 
0.1 

104.2 

1024.1 

7.0 
1.2 

24.7 
2.7 

25.9 
0.7 
62.3 

30.8 

2025 
0.0 

50.6 
0.4 

11 3.4 
135.3 

55.7 
29.5 
0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

104.6 

1036.4 

7.5 
1.2 

25.7 
2.7 

27.2 
0.7 
65.1 

33.6 

2026 
0.0 

56.1 
0.4 

124.8 
146.7 

56.2 
30.5 

0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

106.1 

1046.3 

8.1 
1.2 

26.9 
2.7 

28.3 
0.7 
68.0 

36.5 

2027 
0.0 

62.4 
0.4 

138.9 
160.8 

56.7 
30.5 
0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

106.6 

1059.9 

8.8 
1.2 

28.4 
2.7 

29.5 
0.7 
71.2 

39.7 

2028 
0.0 

69.7 
0.4 

153.2 
175.2 

57.8 
30.5 
0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

107.7 

1073.1 

9.5 
1.2 

30.1 
2.7 

30.2 
0.7 
74.4 

42.9 

2029 
0.0 

78.0 
0.4 

168.1 
190.1 

59.3 
30.5 

0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

109.2 

1086.6 

10.2 
I .2 

32.2 
2.7 

30.5 
0.7 
77.5 

46.0 

2030 
0.0 

87.5 
0.5 

188.9 
21 0.9 

61 .I 
30.5 

0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

111.0 

11 05.5 

11.0 
1.2 

34.6 
2.7 

30.7 
0.7 
80.8 

49.3 

2031 
0.0 

90.2 
0.6 

207.5 
229.6 

64.3 
30.5 

0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

11 4.2 

1121.0 

11.8 
1.2 

36.7 
2.7 

30.9 
0.7 
84.1 

52.6 

2032 
0.0 

90.3 
0.6 

224.8 
246.9 

67.6 
30.5 
0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

11 7.5 

1 135.0 

12.6 
1.2 

38.7 
2.7 

31.2 
0.7 
87.2 

55.7 

2033 
0.0 

90.4 
0.7 

244.7 
266.8 

70.4 
31.2 
0.4 
9.1 
9.8 
0.0 
0.0 
0.1 

121.1 

1151.4 

13.5 
1.2 

40.5 
2.7 

31.6 
0.7 
90.2 

58.7 

2034 
0.0 

90.6 
0.8 

254.8 
276.9 

73.6 
31.2 

0.4 
9.1 

14.3 
0.0 
0.0 
0.1 

128.7 

11 53.9 

14.3 
1.2 

42.1 
2.7 

31.9 
0.7 
93.0 

61.5 

2035 
0.0 

92.6 
0.9 

276.9 
299.0 

81 .I 
32.2 

0.4 
9.1 

14.3 
0.0 
0.0 
0.1 

137.3 

11 67.4 

15.2 
1.2 

43.6 
2.7 

32.3 
0.7 
95.7 

64.2 



B C I D E I F G H I I J K I L 

1523 
1524 
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1 
1483 
1484 
1485 

Q R I 5 T I U I v I W X v i z I AA I AB I AC I AD I AE 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 



B 
I cesbingbk.dlOO611 a H I 525 IO. Electricitv Trade 

1532 
1533 
1534 

2008 2009 

Gross Domestic Sales 
Firm Power 
Economv 

a 

(billion kilowatthours, unless otherwise noted) 

1536 
1537 
1538 
1539 

~1 Interregional Electricity Trade 

Gross Domestic Sales (million 2009 dollars) 
Firm Power 10738.4 
Economy 241 58.0 

L 

1549 
1550 
1551 
1552 
1553 
1554 
1555 

1-1 Total ’ 

1556 
1557 
1558 
1559 
1560 
1561 
1562 
1563 
1564 

11 565 

- 

2008 

- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 

2009 are model results and may differ slightly from official EIA data reports. Firm Power Sales are 
capacity sales, meaning the delivery of the power is scheduled as part of the normal operating conditions of the affected 
electric systems. Economy Sales are subject to curtailment or cessation of delivery by the supplier 
in accordance with prior agreements or under specified conditions. 

Electric Reliability Council (NERC), Electricity Sales and Demand Database 2008. 
2008 and 2009 Mexican electricity trade data: U.S. Energy Information Administration (EIA), 
Electric Power Annual 2009, DOUEIA-0348(2009) (Washington, DC, January 201 1). 

Sources: 2008 and 2009 interregional firm electricity trade data: North American 

181.3 
303.1 
484.4 

Total 

International Electricity Trade 
Imports from Canada and Mexico 

~ ExDorts to Canada and Mexico 
Firm Power 
Economy 
Total 

34896.4 

19.9 
37.1 
57.0 

3.3 
20.7 
24.1 

2009 

185.6 
279.1 
464.7 

10992.8 
1 1224.9 
2221 7.8 

19.3 
33.1 
52.4 

3.3 
14.7 
18.1 

201 0 

201 0 

182.2 
254.5 
436.7 

10792.1 
11 026.2 
21 81 8.2 

29.8 
20.8 
50.6 

0.9 
15.1 
16.0 

201 1 201 2 

201 1 201 2 

177.0 176.7 
267.3 308.0 
444.3 484.8 

10483.3 10470.0 
10796.1 1 1424.3 
21 279.4 21 894.2 

31.3 30.9 
16.5 19.7 
47.8 50.6 

0.9 0.9 
16.1 17.5 
17.0 18.4 

201 3 

201 3 

175.7 
281 .I 
456.8 

10407.5 
10408.8 
2081 6.2 

30.5 
21.2 
51.6 

0.9 
18.3 
19.2 

201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

175.5 172.7 169.7 158.2 146.6 135.0 123.5 111.9 
263.1 234.6 21 5.6 207.4 187.2 179.4 175.4 179.1 
438.7 407.3 385.4 365.5 333.8 31 4.4 298.8 291.0 

10398.5 10232.4 10054.3 9369.2 8684.1 7998.9 731 3.8 6628.7 
9798.1 8964.9 8049.1 7825.0 7219.8 6987.9 7007.3 7389.4 
201 96.6 191 97.3 181 03.4 171 94.2 15903.8 14986.9 14321.1 1401 8.1 

28.8 28.4 27.9 25.1 22.4 19.6 16.9 14.1 
24.1 24.5 25.7 27.5 27.0 28.1 29.1 34.3 
52.9 52.9 53.5 52.6 49.4 47.7 46.0 48.4 

0.9 0.9 0.9 0.8 0.7 0.6 0.5 0.4 
18.8 18.7 18.6 18.4 18.3 18.2 18.1 18.C 
19.7 19.6 19.4 19.2 19.0 18.8 18.6 18.4 



Q 

1560 

1562 

1564 
1565 

R S I T U v W I X Y z AA I AB I AC I AD I A€ 
2022 2023 

2022 2023 

100.3 88.8 
175.4 183.3 
275.7 272.1 

5943.6 5258.5 
7550.5 81 27.4 
13494.1 13385.9 

11.4 8.6 
35.7 35.1 
47.1 43.8 

0.4 0.3 
17.9 17.7 
18.2 18.0 

2024 

2024 

77.2 
175.4 
252.6 

4573.4 
8081.3 
12654.7 

5.9 
36.6 
42.5 

0.2 
17.6 
17.8 

2025 

2025 

65.6 
179.0 
244.7 

3888.3 
8402.8 
12291.1 

3.1 
35.7 
38.8 

0.1 
17.5 
17.6 

2026 

2026 

54.1 
185.1 
239.2 

3203.2 
8873.5 
12076.7 

0.4 
35.6 
36.0 

0.0 
17.4 
17.4 

2027 

2027 

54. I 
183.2 
237.3 

3203.2 
9032.7 
12235.9 

0.4 
34.3 
34.7 

0.0 
17.3 
17.3 

2028 

2028 

54.1 
184.9 
239.0 

3203.2 
9444.8 
12647.9 

0.4 
34.8 
35.2 

0.0 
17.2 
17.2 

2029 

2029 

54.1 
187.4 
241.5 

3203.2 
9821.6 
13024.8 

0.4 
33.9 
34.3 

0.0 
17.1 
17.1 

2030 

2030 

54.1 
158.2 
21 2.3 

3203.2 
8593.2 

1 1796.3 

0.4 
26.3 
26.6 

0.0 
17.0 
17.0 

2031 2032 

2031 2032 

54.1 54.1 
1 18.2 132.6 
172.2 186.6 

3203.2 3203.2 
6836.6 8225.4 
10039.8 11 428.5 

0.4 0.4 
29.4 34.3 
29.8 34.7 

0.0 0.0 
16.8 16.7 
16.8 16.7 

2033 

2033 

54.1 
84.5 
138.6 

3203.2 
5872.5 
9075.7 

0.4 
34.0 
34.4 

0.0 
16.6 
16.6 

2034 2035 

2034 2035 

54.1 54.1 
70.2 99.3 
124.3 153.4 

3203.2 3203.2 
5252.3 7770.0 
8455.5 10973.1 

0.4 0.4 
44.4 56.8 
44.7 57.2 

0.0 0.0 
16.5 16.4 
16.5 16.4 

2009- 
2035 

-4.6% 
-3.9% 
-4.2% 

-4.6% 
-1.4% 
-2.7% 

-1 4.0% 
2.1% 
0.3% 

0.4% 
-0.4% 
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B C D E F G H I J 
cesbingbk.dlOO611 a 2008 2009 201 0 
2008 Canadian international electricity trade data: 
National Energy Board, Electricity Exports and Imports Statistics, 2008. 
2009 Canadian international electricity trade data: 
National Energy Board, Electricity Exports and Imports Statistics, 2009. 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO61 la. 

. - .  . 
1575 
1576 
1577 

~ 1 5 7 A  

11. Liquid Fuels Supply and Disposition 
(million barrels per day, unless otherwise noted) 

1585 Gross Imports 
1586 Exports 
1587 Other Crude Supply 2/ 
1588 Total Crude Supply 
1589 
- 1590 Other Petroleum Supply 
1591 Natural Gas Plant Liauids 

115781 Supply and Disposition 

Net Product Imports 
Gross Refined Product Imports 3/ 
Unfinished Oil ImDorts 
Blending Component Imports 

Processing Gain 4/ 

2008 

4.96 
0.69 
4.28 
9.75 
9.78 
0.03 

14.66 

4.1 0 
1.78 
I .39 
1.55 
0.76 
0.79 
1.71 
1 .oo 

-0.07 
0.76 
0.66 
0.64 
0.61 
0.03 
0.02 
0.04 

-0.06 

2009 

5.36 
0.65 
4.71 
8.97 
9.01 
0.04 
0.01 
14.33 

3.59 
I .91 
0.75 
1.27 
0.68 
0.72 
1.92 
0.98 

0.81 
0.76 
0.73 
0.72 
0.01 
0.02 
0.03 

-0.04 

201 0 

5.51 
0.61 
4.90 
9.17 
9.21 
0.04 
0.01 
14.69 

3.36 
1.96 
0.37 
0.97 
0.62 
0.70 
1.92 
1.03 
0.00 
1.01 
0.89 
0.86 
0.86 
0.00 
0.02 
0.03 

201 1 

201 1 

5.46 
0.59 
4.87 
9.13 
9.17 
0.04 
0.08 
14.66 

3.43 
1.95 
0.48 
1.04 
0.66 
0.69 
I .92 
1 .oo 
0.00 
1.23 
0.95 
0.90 
0.89 
0.01 
0.05 
0.05 

201 2 

201 2 

5.38 
0.55 
4.83 
9.00 
9.03 
0.03 
0.00 
14.38 

4.25 
2.1 1 
1.12 
1.04 
0.78 
0.78 
1.48 
1.02 
0.00 
1.25 
1.05 
0.98 
0.96 
0.02 
0.06 
0.05 

201 3 

201 3 

5.58 
0.53 
5.05 
8.97 
9.00 
0.03 
0.00 
14.55 

4.34 
2.1 3 
1.19 
1.06 
0.81 
0.80 
1.48 
1.01 
0.00 
1.29 
1.08 
1 .oo 
0.98 
0.02 
0.07 
0.06 

201 4 

201 4 

5.75 
0.52 
5.24 
8.80 
8.83 
0.03 
0.00 
14.55 

4.35 
2.15 
1.19 
I .05 
0.81 
0.80 
1.47 
1.01 
0.00 
1.33 
1.09 
1.02 
0.99 
0.03 
0.06 
0.06 

201 5 

201 5 

5.82 
0.49 
5.33 
8.67 
8.70 
0.03 
0.00 
14.49 

4.45 
2.30 
1.15 
1.04 
0.80 
0.81 
1.49 
I .oo 
0.00 
1.38 
1.12 
1.03 
0.97 
0.06 
0.08 
0.07 

201 6 

201 6 

5.96 
0.47 
5.49 
8.50 
8.53 
0.03 
0.00 
14.46 

4.42 
2.26 
1.14 
1.05 
0.79 
0.81 
1.50 
1.01 
0.00 
1.43 
1.16 
1.05 
0.98 
0.08 
0.09 
0.09 

201 7 

201 7 

6.08 
0.45 
5.64 
8.36 
8.39 
0.03 
0.00 
14.44 

4.34 
2.28 
1.04 
0.99 
0.79 
0.80 
1.54 
1.02 
0.00 
1.54 
1.23 
1.11 
1.02 
0.10 
0.10 
0.09 

201 8 

201 8 

6.1 1 
0.42 
5.68 
8.30 
8.33 
0.03 
0.00 
14.41 

4.34 
2.33 
I .oo 
0.99 
0.79 
0.80 
1.58 
1.01 
0.00 
1.61 
1.30 
1.18 
1.06 
0.12 
0.1 0 
0.09 

201 9 

201 9 

6.12 
0.40 
5.72 
8.24 
8.27 
0.03 
0.00 
14.36 

4.36 
2.38 
0.96 
0.98 
0.78 
0.80 
1.60 
1.01 
0.00 
1.68 
1.37 
1.24 
1.13 
0.1 1 
0.10 
0.1 0 

2020 

2020 

6.09 
0.42 
5.67 
8.23 
8.26 
0.03 
0.00 
14.32 

4.38 
2.45 
0.93 
0.97 
0.78 
0.80 
1.61 
1 .oo 
0.00 
1.77 
I .46 
1.31 
1.20 
0.1 1 
0.1 0 

2021 

2021 

6.01 
0.4: 
5.62 
8.21 
8.3C 
0.02 
O.O( 
14.31 

4.4t 
2.5; 
0.9: 
0.9f 
0.7E 
0.8” 
1.6: 
1 .O( 
O.O( 
1.7: 
1.4: 
1.2f 
1.2. 
O.O! 
0.1( 
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(16041 

2022 

2022 

6.08 
0.46 
5.62 
8.15 
8.1 9 
0.03 
0.00 

14.24 

4.49 
2.63 
0.90 
0.95 
0.77 
0.81 
1.63 
0.96 
0.00 
1.87 
1.56 
1.36 
1.23 
0.13 
0.12 

2023 

2023 

6.00 
0.44 
5.55 
8.13 
8.1 6 
0.03 
0.00 

14.1 3 

4.51 
2.74 
0.84 
0.93 
0.75 
0.80 
1.64 
0.93 
0.00 
2.02 
1.67 
1.44 
1.30 
0.14 
0.12 

2024 

2024 

5.89 
0.42 
5.47 
8.14 
8.17 
0.03 
0.00 

14.04 

4.54 
2.85 
0.79 
0.90 
0.74 
0.79 
1.64 
0.90 
0.00 
2.1 8 
1.81 
1.54 
1.39 
0.15 
0.12 

2025 

2025 

5.84 
0.41 
5.43 
8.17 
8.20 
0.03 
0.00 

14.01 

4.53 
2.88 
0.77 
0.89 
0.74 
0.79 
1.66 
0.89 
0.00 
2.30 
1.91 
1.60 
1.44 
0.1 6 
0.1 2 

2026 

2026 

5.79 
0.37 
5.42 
8.1 6 
8.1 9 
0.03 
0.00 

13.95 

4.50 
2.90 
0.74 
0.88 
0.73 
0.79 
1.66 
0.87 
0.00 
2.40 
1.98 
1.62 
1.45 
0.17 
0.1 2 

2027 

2027 

5.84 
0.34 
5.50 
8.1 0 
8.1 3 
0.03 
0.00 

13.94 

4.49 
2.93 
0.69 
0.85 
0.73 
0.80 
1.68 
0.87 
0.00 
2.50 
2.05 
1.63 
1.44 
0.19 
0.1 2 

2028 

2028 

5.85 
0.32 
5.54 
7.98 
8.01 
0.03 
0.00 

13.83 

4.46 
2.96 
0.65 
0.82 
0.72 
0.79 
1.67 
0.85 
0.00 
2.68 
2.1 9 
1.72 
1.52 
0.20 
0.1 3 

2029 

2029 

5.89 
0.29 
5.59 
7.97 
8.00 
0.03 
0.00 

13.86 

4.44 
2.96 
0.62 
0.81 
0.72 
0.80 
1.70 
0.86 
0.00 
2.75 
2.22 
1.73 
1.50 
0.22 
0.12 

2030 

2030 

5.92 
0.27 
5.65 
7.96 
7.99 
0.03 
0.00 

13.88 

4.45 
2.99 
0.60 
0.78 
0.72 
0.80 
1.71 
0.86 
0.00 
2.84 
2.26 
I .72 
I .50 
0.23 
0.13 

2031 

2031 

6.00 
0.31 
5.69 
7.89 
7.93 
0.03 
0.00 

13.90 

4.45 
3.05 
0.54 
0.74 
0.72 
0.81 
I .73 
0.87 
0.00 
2.93 
2.31 
1.74 
1.50 
0.24 
0.1 3 
0.1 3 

2032 

2032 

6.14 
0.37 
5.76 
7.78 
7.81 
0.03 
0.00 

13.92 

4.46 
3.06 
0.54 
0.74 
0.73 
0.81 
1.74 
0.87 
0.00 
3.00 
2.34 
1.75 
1.50 
0.26 
0.13 
0.1 3 

2033 

2033 

6.25 
0.42 
5.83 
7.61 
7.65 
0.03 
0.00 

13.86 

4.51 
3.08 
0.56 
0.77 
0.72 
0.82 
1.75 
0.87 
0.00 
3.1 1 
2.41 
1.78 
1.52 
0.25 
0.1 3 
0.1 3 

2034 

2034 

6.21 
0.40 
5.81 
7.69 
7.73 
0.03 
0.00 

13.90 

4.50 
3.08 
0.56 
0.78 
0.73 
0.82 
1.76 
0.86 
0.00 
3.1 8 
2.44 
1.78 
1.53 
0.25 
0.1 3 
0.1 3 

2035 

2035 

6.17 
0.39 
5.78 
7.78 
7.82 
0.03 
0.00 

13.96 

4.50 
3.09 
0.56 
0.78 
0.73 
0.83 
1.78 
0.86 
0.00 
3.23 
2.45 
1.79 
1.53 
0.26 
0.13 
0.13 

2009. 
203E 

0.5% 
-1.9% 
0.8% 

-0.5% 
-0.5% 
-1 .O% 

-0.1 % 

0.9% 
1.9% 

-1 .I % 
-1.9% 
0.3% 
0.5% 

- -  

-0.3% 
-0.5% 

5.5% 
4.6% 
3.5% 
2.9% 

12.2% 
7.2% 

- -  

11 6051 0.12 0.12 0.1 2 0.12 0.12 0.12 0.1 2 0.12 0.13 5.3% 
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1631 
1632 
1633 

cesbingbk.dlOO611 a 
Net Imports 

Liquids from Gas 
Liquids from Coal 
Other 61 

Other Biomass-derived Liquids 51 

Discrepancy 15/ 

Total Primary Supply 7/ 

1644 
1645 

Liquid Fuels Consumption 
by Fuel 
Liquefied Petroleum Gases 
E85 81 
Motor Gasoline 9/ 
Jet Fuel IO/ 
Distillate Fuel Oil 1 I/ 
of which: Diesel 

Residual Fuel Oil 
Other 121 

by Sector 
Residential and Commercial 
Industrial 131 
Transportation 
Electric Power 14/ 

Total 

1/ Includes lease condensate. 
2/ Strategic petroleum reserve stock additions plus unaccounted for crude oil and crude stock withdrawals minus crude product supplied. 

Domestic Refinery Distillation Capacity 161 
Capacity Utilization Rate (percent) 171 
Net Import Share of Product Supplied (per( 
Net Expenditures for Imports of Crude Oil and 
Petroleum Products (billion 2009 dollars) 272.69 

2008 
-0.02 
0.00 
0.00 
0.00 
0.1 0 

19.51 

2.04 
0.00 
8.99 
1.54 
3.95 
3.44 
0.62 
2.38 

1.06 
4.69 

13.87 
0.21 
19.52 

-0.01 

17.6 
85.0 
57.2 

2009 
-0.01 
0.00 
0.00 
0.00 
0.05 

18.73 

2.13 
0.00 
9.00 
1.39 
3.63 
3.18 
0.51 
2.15 

1.04 
4.25 

13.61 
0.18 
18.81 

-0.08 

17.7 
83.0 
51.9 

203.66 

201 0 
-0.01 
0.00 
0.00 
0.00 
0.12 

19.05 

2.13 
0.00 
9.02 
1.40 
3.73 
3.24 
0.53 
2.1 6 

1 .oo 
4.37 

13.74 
0.20 
18.98 

0.07 

17.6 
86.0 
50.0 

21 5.64 

201 1 
0.00 
0.00 
0.00 
0.00 
0.28 

19.32 

2.10 
0.00 
9.09 
1.41 
3.75 
3.26 
0.55 
2.21 

I .oo 
4.50 

13.88 
0.20 
19.1 0 

0.21 

17.6 
85.0 
49.7 

268.30 

201 2 
0.01 
0.01 
0.00 
0.00 
0.20 

19.87 

2.26 
0.00 
9.34 
1.52 
3.98 
3.50 
0.60 
2.29 

0.99 
4.78 

14.03 
0.20 
19.99 

-0.1 2 

17.6 
83.3 
51 .I 

281.44 

201 3 
0.01 
0.01 
0.00 
0.00 
0.21 

20.17 

2.30 
0.00 
9.39 
1.52 
4.12 
3.64 
0.60 
2.36 

0.97 
4.91 

14.22 
0.20 
20.30 

-0.13 

17.6 
84.4 
50.5 

288.83 

201 4 
0.00 
0.01 
0.00 
0.00 
0.25 

20.24 

2.32 
0.01 
9.40 
1.53 
4.12 
3.66 
0.59 
2.40 

0.96 
4.96 

14.26 
0.19 
20.38 

-0.14 

17.5 
84.9 
49.5 

291.32 

201 5 
0.00 
0.01 
0.00 
0.04 
0.22 

20.32 

2.30 
0.01 
9.40 
1.55 
4.10 
3.65 
0.60 
2.46 

0.95 
5.00 

14.27 
0.20 
20.42 

-0.10 

17.5 
84.7 
48.6 

294.49 

201 6 
0.00 
0.02 
0.00 
0.05 
0.22 

20.31 

2.28 
0.01 
9.39 
I .56 
4.13 
3.68 
0.60 
2.44 

0.95 
4.95 

14.31 
0.19 
20.41 

-0.1 0 

17.3 
85.3 
47.9 

297.89 

201 7 
0.00 
0.02 
0.00 
0.05 
0.26 

20.32 

2.27 
0.07 
9.33 
1.57 
4.1 6 
3.72 
0.60 
2.42 

0.93 
4.93 

14.37 
0.20 
20.43 

-0.1 1 

17.1 
86.1 
46.7 

303.32 

201 8 
0.00 
0.03 
0.00 
0.05 
0.26 

20.36 

2.27 
0.12 
9.26 
1.59 
4.20 
3.77 
0.60 
2.41 

0.93 
4.91 

14.42 
0.20 
20.45 

-0.09 

16.9 
87.2 
46.3 

31 0.56 

201 9 
0.00 
0.03 
0.00 
0.05 
0.26 

20.40 

2.26 
0.1 6 
9.21 
1.60 
4.23 
3.81 
0.60 
2.40 

0.92 
4.90 

14.46 
0.1 9 
20.47 

-0.07 

16.7 
87.9 
45.7 

31 5.03 

2020 
0.00 
0.05 
0.00 
0.05 
0.26 

20.47 

2.27 
0.21 
9.1 6 
I .62 
4.27 
3.85 
0.60 
2.39 

0.91 
4.89 

14.52 
0.1 9 
20.52 

-0.06 

16.5 
88.8 
45.3 

321.30 

2021 
0.00 
0.06 
0.00 
0.06 
0.24 

20.51 

2.27 
0.14 
9.22 
1.63 
4.29 
3.88 

2.39 
0.60 

0.90 
4.89 

14.55 
0.2c 
20.54 

-0.04 

16.4 
89.6 
45.1 

324.45 



Q R 
2022 
0.00 
0.08 
0.00 
0.08 
0.24 

20.60 

2.27 
0.28 
9.1 0 
1.64 
4.33 
3.92 
0.61 
2.39 

0.90 
4.89 

14.63 
0.20 
20.62 

-0.02 

16.2 
89.9 
44.6 

329.1 3 

S T U v W I X Y I 2 I AA I AB I AC I AD I AE 
2023 
0.00 
0.1 1 
0.00 
0.12 
0.23 

20.66 

2.27 
0.41 
9.00 
1.65 
4.35 
3.95 
0.61 
2.38 

0.89 
4.88 

14.69 
0.19 
20.67 

0.00 

16.0 
90.2 
44.1 

334.97 

2024 
0.00 
0.14 
0.00 
0.14 
0.23 

20.76 

2.27 
0.56 
8.88 
1.67 
4.38 
3.99 
0.61 
2.38 

0.89 
4.88 

14.78 
0.1 9 
20.74 

0.02 

15.9 
90.3 
43.7 

340.09 

2025 
0.00 
0.19 
0.00 
0.17 
0.22 

20.83 

2.26 
0.64 
8.84 
1.68 
4.41 
4.03 
0.61 
2.37 

0.88 
4.86 

14.87 
0.19 
20.81 

0.02 

15.8 
90.4 
43.7 

346.62 

2026 
0.00 
0.24 
0.00 
0.20 
0.22 

20.86 

2.24 
0.74 
8.77 
1.69 
4.44 
4.06 
0.61 
2.36 

0.88 
4.84 

14.95 
0.1 9 
20.85 

0.01 

15.8 
90.5 
43.5 

349.38 

2027 
0.00 
0.30 
0.00 
0.23 
0.23 

20.93 

2.23 
0.67 
8.88 
1.70 
4.47 
4.09 
0.61 
2.36 

0.87 
4.81 

15.03 
0.19 
20.91 

0.02 

15.8 
90.4 
42.9 

350.89 

2028 
0.00 
0.34 
0.00 
0.26 
0.23 

20.97 

2.22 
0.88 
8.73 
1.70 
4.49 
4.1 2 
0.61 
2.34 

0.87 
4.78 

15.13 
0.1 9 
20.97 

0.00 

15.6 
90.7 
42.1 

348.14 

2029 
0.00 
0.38 
0.00 
0.29 
0.24 

21.05 

2.21 
0.80 
8.85 
1.71 
4.52 
4.1 5 
0.61 
2.34 

0.87 
4.76 

15.22 
0.19 
21.03 

0.02 

15.6 
90.7 
41.9 

351.35 

2030 
0.00 
0.42 
0.00 
0.33 
0.25 

21.17 

2.20 
0.76 
8.97 
I .72 
4.56 
4.1 9 
0.61 
2.34 

0.86 
4.75 

15.35 
0.1 9 
21.1 5 

0.01 

15.7 
90.4 
41.5 

349.55 

2031 
0.00 
0.45 
0.00 
0.37 
0.25 

21.29 

2.1 9 
0.78 
9.02 
1.73 
4.59 
4.24 
0.61 
2.35 

0.86 
4.74 

15.48 
0.1 9 
21.27 

0.01 

15.7 
90.4 
40.8 

348.1 0 

2032 
0.00 
0.46 
0.00 
0.41 
0.25 

21.38 

2.1 7 
0.79 
9.09 
1.73 
4.62 
4.27 
0.61 
2.35 

0.86 
4.72 

15.60 
0.1 9 
21.37 

0.01 

15.6 
91.2 
40.1 

344.80 

2033 
0.00 
0.51 
0.00 
0.44 
0.25 

21.48 

2.16 
0.78 
9.1 6 
1.74 
4.66 
4.31 
0.61 
2.35 

0.85 
4.71 

15.70 
0.19 
21.46 

0.02 

15.7 
90.4 
39.2 

338.62 

2034 
0.00 
0.53 
0.00 
0.48 
0.25 

21.59 

2.1 4 
0.78 
9.23 
1.74 
4.71 
4.36 
0.61 
2.35 

0.85 
4.69 

15.83 
0.1 9 
21.57 

0.01 

15.7 
90.6 
39.4 

343.82 

2035 
0.00 
0.54 
0.00 
0.52 
0.25 

21.69 

2.1 3 
0.78 
9.31 
1.75 
4.75 
4.40 
0.61 
2.35 

0.85 
4.67 

15.96 
0.20 
21.68 

0.01 

15.7 
90.8 
39.7 

348.30 

- -  
- -  
- -  
- -  
6.2% 

0.6% 

0.0% 
25.9% 

0.1% 
0.9% 
1 .O% 
1.3% 
0.7% 
0.3% 

-0.8% 
0.4% 
0.6% 
0.4% 
0.5% 

_ _  

-0.5% 
0.3% 

-1 .O% 

2.1 

I1 6451 
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cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 



1 
1646 
1647 
1648 
1649 
1650 
1651 
1652 
1653 
1654 
1655 

- 
- 

- 

Q R S I T I U v W I X I Y Z AA I AB I AC I AD I AE 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 
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- 
1656 
1657 
1658 
1659 
1660 
1661 
1662 
1663 
I664 
1665 
1666 
1667 
1668 
1669 
1670 
1671 
1672 
1673 
1674 
1675 
1676 
1677 
1678 
1679 
1680 
1681 
1682 
1683 
1684 
1685 
1686 
1687 
1688 

- 
- 
- 
- 

- 
- 
- 
- 
- 

- 
- 
- 
- 
- 

- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
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cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 



Q R S T U v W X Y Z AA I AB I AC I AD 1 A€ 
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I 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 
B I C D I E I F G I H i I J I K 1 M N 0 P 

cesbingbk.dlOO611 a 2008 

12. Petroleum Product Prices 
(2009 dollars per gallon, unless otherwise noted) 

1754 
1755 
1756 
1757 
1758 
1759 
1760 
1761 
1762 
1763 
1764 
1765 
1766 

1-1 Sector and Fuel 

Crude Oil Prices (2009 dollars per barrel) 
Imported Low-Sulfur Light Crude Oil 1/ 100.51 
Imported Crude Oil 1/ 93.44 

Delivered Sector Product Prices 

Residential 
Liquefied Petroleum Gases 
Distillate Fuel Oil 

Commercial 
Distillate Fuel Oil 3.010 2.205 2.514 2.630 2.490 2.542 2.594 2.644 2.750 2.851 2.945 2.999 3.061 3.1 OE 

2.525 
3.432 

2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

61.66 78.03 83.21 85.74 88.09 91.43 94.48 97.48 100.35 103.06 105.65 108.03 110.2E 
59.04 74.86 80.32 80.68 82.96 85.08 86.73 88.74 91.35 93.91 96.22 98.51 100.5E 

2.087 2.244 2.263 2.41 7 2.458 2.496 2.508 2.541 2.587 2.632 2.673 2.71 1 2.74: 
2.51 4 2.869 3.006 2.765 2.81 9 2.871 2.921 3.032 3.138 3.235 3.290 3.353 3.39: 
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Q 
2022 

2022 

11 2.45 
102.54 

2.778 
3.453 

3.1 69 

R S 
2023 2024 2025 2026 

2023 2024 2025 2026 

14.55 116.36 117.98 119.07 
04.50 106.20 107.76 108.71 

2.81 1 2.839 2.865 2.880 
3.51 4 3.571 3.61 4 3.653 

2027 2028 

2027 2028 

20.31 120.92 
09.84 110.08 

2.900 2.903 
3.678 3.725 

2029 2030 2031 2032 2033 2034 2035 

20098 
2029 2030 2031 2032 2033 2034 2035 203: 

21.94 122.70 123.29 123.72 123.59 123.97 124.14 2.7% 
11.04 111.65 112.03 112.24 112.08 112.49 112.67 2.5% 

2.921 2.931 2.936 2.936 2.928 2.930 2.929 1.3% 
3.750 3.71 7 3.729 3.738 3.804 3.824 3.838 1.6% 

3.231 3.286 3.326 3.368 3.391 3.441 3.463 3.420 3.431 3.441 3.495 3.51 4 3.526 1.8% 
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B C D E 
cesbingbk.dlOO611 a 

Residual Fuel Oil 
Residual Fuel Oil (2009 dollars per barre 

1773 
1774 
1775 

1770 Industrial 21 
1771 Liquefied Petroleum Gases a 1772 Distillate Fuel Oil 

Residual Fuel Oil 
Residual Fuel Oil (2009 dollars per barre 

1781 
1782 
1783 
1784 

I Gases 

Price 

Jet Fuel 5/ 
Diesel Fuel (distillate fuel oil) 6/ 
Residual Fuel Oil 
Residual Fuel Oil (2009 dollars per barre 

Electric Power 71 
Distillate Fuel Oil 
Residual Fuel Oil 
Residual Fuel Oil (2009 dollars per barre 

1791 Refined Petroleum Product Prices 81 
1792 Liquefied Petroleum Gases a 1793 Motor Gasoline 4/ 

Residual Fuel Oil (2009 dollars per barre 
Average 

2008 
2.366 
99.36 

2.139 
3.108 
2.434 

102.24 

2.591 
3.355 
2.475 
3.327 
3.146 
3.837 
2.181 
91.59 

2.71 3 
2.208 
92.73 

I .774 
3.305 
3.146 
3.648 
2.228 
93.58 
3.1 0 

Prices in Nominal Dollars 
Crude Oil Prices (nominal dollars per barrel) 

ImDorted Low-Sulfur Liaht Crude Oil 11 99.57 
92.57 118041 Imported Crude Oil I /  " 

1805 

2009 
2.01 3 
84.54 

1.744 
2.281 
1.804 
75.79 

2.1 61 
I .945 
2.028 
2.349 
1.700 
2.441 
1.582 
66.44 

1.988 
1.342 
56.36 

1.477 
2.344 
1.700 
2.408 
1.576 
66.20 
2.1 5 

61.66 
59.04 

201 0 
2.068 
86.85 

1.872 
2.599 
1.844 
77.43 

2.308 
2.362 
1.643 
2.684 
2.1 28 
2.889 
1.620 
68.03 

2.272 
1.71 1 
71.85 

1.528 
2.679 
2.128 
2.822 
1.685 
70.76 
2.47 

78.71 
75.52 

201 1 
2.233 
93.80 

2.364 
2.71 6 
1.999 
83.94 

2.329 
2.475 
1.643 
2.802 
2.279 
3.028 
1.755 
73.70 

2.388 
1.81 5 
76.22 

1.750 
2.799 
2.279 
2.960 
1.822 
76.52 
2.60 

85.05 
82.1 0 

201 2 
1.743 
73.20 

1.869 
2.484 
2.035 
85.47 

2.486 
2.249 
2.482 
2.822 
2.442 
2.91 7 
1.71 1 
71.85 

2.170 
1.786 
75.01 

1.748 
2.822 
2.442 
2.803 
1.771 
74.39 
2.59 

88.69 
83.45 

201 3 
1.833 
76.98 

1.91 2 
2.538 
2.082 
87.46 

2.525 
2.370 
1.950 
2.971 
2.492 
2.969 
1.757 
73.78 

2.221 
1.835 
77.06 

1.780 
2.971 
2.492 
2.875 
1.821 
76.47 
2.69 

92.70 
87.30 

201 4 
1.918 
80.54 

1.948 
2.594 
2.1 52 
90.38 

2.562 
2.446 
1.988 
3.063 
2.524 
3.023 
1.823 
76.58 

2.269 
1.903 
79.94 

1.812 
3.063 
2.524 
2.931 
1.888 
79.30 
2.76 

97.93 
91.14 

201 5 
1.981 
83.22 

1.960 
2.647 
2.209 
92.79 

2.574 
2.500 
2.550 
3.131 
2.560 
3.075 
1.886 
79.23 

2.31 0 
1.922 
80.72 

1.824 
3.1 31 
2.560 
2.985 
1.941 
81.52 
2.82 

103.32 
94.84 

201 6 
2.048 
86.02 

1.991 
2.751 
2.275 
95.55 

2.606 
2.547 
2.554 
3.1 88 
2.662 
3.1 78 
1.961 
82.38 

2.408 
1.993 
83.72 

1.855 
3.188 
2.662 
3.090 
2.01 3 
84.54 
2.89 

108.78 
99.02 

201 7 
2.117 
88.89 

2.038 
2.853 
2.332 
97.95 

2.652 
2.51 5 
2.544 
3.262 
2.759 
3.281 
2.013 
84.55 

2.51 2 
2.048 
86.02 

1.897 
3.261 
2.759 
3.1 93 
2.067 
86.79 
2.96 

11 4.36 
104.1 0 

201 8 
2.182 
91.65 

2.084 
2.949 
2.397 

100.68 

2.697 
2.626 
2.571 
3.31 0 
2.850 
3.379 
2.079 
87.33 

2.602 
2.1 14 
88.78 

1.939 
3.31 0 
2.850 
3.292 
2.1 32 
89.55 
3.03 

1 19.93 
109.28 

201 9 
2.21 1 
92.86 

2.126 
3.003 
2.437 

102.35 

2.737 
2.695 
2.564 
3.335 
2.903 
3.448 
2.1 19 
89.00 

2.659 
2.1 51 
90.36 

1.976 
3.335 
2.903 
3.359 
2.1 70 
91.16 
3.06 

125.36 
114.18 

2020 
2.272 
95.43 

2.1 65 
3.067 
2.494 

104.77 

2.774 
2.726 
2.562 
3.386 
2.963 
3.51 8 
2.175 
91.33 

2.71 4 
2.207 
92.70 

2.01 1 
3.386 
2.963 
3.429 
2.227 
93.51 
3.1 2 

130.73 
I 19.21 

2021 
2.322 
97.54 

2.200 
3.1 12 
2.531 

106.30 

2.808 
2.733 
2.539 
3.387 
3.009 
3.528 
2.223 
93.37 

2.756 
2.251 
94.55 

2.042 
3.387 
3.009 
3.447 
2.273 
95.45 
3.1 3 

135.89 
123.94 
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2022 
2.399 

100.76 

2.235 
3.1 82 
2.588 

108.69 

2.840 
2.690 
2.579 
3.434 
3.050 
3.595 
2.275 
95.53 

2.802 
2.305 
96.80 

2.073 
3.434 
3.050 
3.51 5 
2.326 
97.70 
3.1 8 

140.93 
128.51 

2023 
2.500 

105.01 

2.269 
3.249 
2.649 

1 1 1.27 

2.873 
2.753 
2.563 
3.496 
3.098 
3.661 
2.325 
97.64 

2.847 
2.362 
99.22 

2.1 03 
3.496 
3.098 
3.581 
2.382 

100.04 
3.24 

146.15 
133.33 

2024 
2.532 

106.32 

2.298 
3.306 
2.696 

11 3.23 

2.901 
2.795 
2.564 
3.537 
3.150 
3.71 6 
2.367 
99.42 

2.893 
2.406 

101.06 

2.1 30 
3.537 
3.1 50 
3.638 
2.424 

101.82 
3.28 

151.13 
137.94 

2025 
2.559 

107.47 

2.324 
3.345 
2.732 

1 14.75 

2.926 
2.81 8 
2.546 
3.564 
3.1 95 
3.751 
2.405 

1 01.02 

2.936 
2.442 

102.55 

2.155 
3.564 
3.1 95 
3.674 
2.461 

103.36 
3.31 

155.84 
142.34 

2026 
2.578 

108.29 

2.338 
3.392 
2.751 

I 15.54 

2.941 
2.873 
2.51 0 
3.628 
3.21 9 
3.772 
2.432 

102.1 2 

2.954 
2.465 

103.53 

2.1 70 
3.628 
3.21 9 
3.723 
2.485 

104.37 
3.36 

160.02 
146.09 

2027 
2.602 

109.27 

2.357 
3.41 2 
2.772 

11 6.43 

2.960 
2.879 
2.475 
3.631 
3.258 
3.81 5 
2.460 

103.32 

2.984 
2.490 

104.56 

2.190 
3.631 
3.258 
3.740 
2.51 1 

105.46 
3.38 

164.61 
150.28 

2028 
2.609 

109.58 

2.358 
3.469 
2.784 
16.93 

2.963 
2.927 
2.463 
3.701 
3.278 
3.850 
2.481 
04.21 

3.007 
2.508 
05.32 

2.1 94 
3.701 
3.278 
3.799 
2.529 
06.23 
3.43 

168.52 
153.41 

2029 
2.61 8 

109.97 

2.374 
3.488 
2.783 

1 16.88 

2.980 
2.924 
2.452 
3.697 
3.306 
3.886 
2.486 

104.43 

3.044 
2.51 2 

105.51 

2.21 1 
3.697 
3.306 
3.81 5 
2.533 

106.40 
3.44 

173.1 8 
157.69 

2030 
2.630 

11 0.44 

2.384 
3.430 
2.793 

11 7.30 

2.990 
2.869 
2.087 
3.623 
3.306 
3.81 1 
2.502 

105.06 

3.043 
2.526 

106.1 1 

2.222 
3.623 
3.306 
3.748 
2.547 

106.99 
3.39 

177.51 
161.52 

2031 
2.638 

1 10.78 

2.388 
3.441 
2.774 

1 16.51 

2.994 
2.877 
2.086 
3.632 
3.327 
3.822 
2.475 

103.97 

3.052 
2.51 1 

105.45 

2.228 
3.632 
3.327 
3.758 
2.526 

106.1 0 
3.40 

181.71 
165.1 1 

2032 
2.653 

11 1.41 

2.390 
3.451 
2.780 
16.75 

2.994 
2.889 
2.095 
3.644 
3.333 
3.830 
2.478 
04.06 

3.065 
2.51 4 

105.60 

2.230 
3.644 
3.333 
3.767 
2.529 

106.24 
3.41 

185.96 
168.69 

2033 
2.668 

11 2.05 

2.381 
3.503 
2.825 

I1 8.66 

2.985 
2.925 
2.068 
3.692 
3.386 
3.873 
2.483 

104.30 

3.1 21 
2.526 

106.08 

2.223 
3.692 
3.386 
3.81 6 
2.541 

106.74 
3.46 

189.49 
171.84 

2034 
2.688 

1 12.90 

2.381 
3.522 
2.838 

11 9.21 

2.986 
2.943 
2.085 
3.71 5 
3.406 
3.892 
2.499 

104.97 

3.140 
2.542 

106.74 

2.227 
3.71 5 
3.406 
3.833 
2.557 

107.39 
3.48 

193.95 
175.99 

2035 
2.707 

1 13.68 

2.380 
3.536 
2.844 

1 19.47 

2.984 
2.954 
2.097 
3.728 
3.423 
3.904 
2.498 

104.93 

3.1 58 
2.543 

106.79 

2.228 
3.728 
3.423 
3.845 
2.558 

107.44 
3.49 

198.1 7 
179.87 

1.1% 
1.1% 

1.2% 
1.7% 
1.8% 
1.8% 

1.2% 
1.6% 
0.1% 
1.8% 
2.7% 
1.8% 
1.8% 
1.8% 

1.8% 
2.5% 
2.5% 

1.6% 
1.8% 
2.7% 
1.8% 
1.9% 
1.9% 
1.9% 

4.6% 
4.4% 

1 I8051 
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B I C I D 
" 

Delivered Sector Product Prices 
Nominal Dollars Der Gallon 

E I F G H I I J K I L I M N I 0 P 

Residential 
Liquefied Petroleum 
Distillate Fuel Oil 

1830 
I831 
1832 

Gases 

Electric Power 7/ 
Distillate Fuel Oil 
Residual Fuel Oil 

118191 Residual Fuel Oil 

Refined Petroleum Product Prices 8/ 
Liquefied Petroleum Gases 
Motor Gasoline 4/ 
Jet Fuel 5/ 
Distillate Fuel Oil 
Residual Fuel Oil (dollars per barrel) 
Average 

2008 

2.501 
3.400 

2.982 
2.344 

2.1 19 
3.079 
2.41 2 

2.567 
3.323 
2.451 
3.297 
3.116 
3.801 
2.1 61 

2.688 
2.1 87 

1.758 
3.274 
3.116 
3.61 4 
92.71 
3.069 

2009 

2.087 
2.51 4 

2.205 
2.01 3 

1.744 
2.281 
1.804 

2.1 61 
1.945 
2.028 
2.349 
1.700 
2.441 
1.582 

1.988 
1.342 

1.477 
2.344 
I .700 
2.408 
66.20 
2.1 55 

201 0 

2.263 
2.894 

2.536 
2.086 

I .888 
2.622 
1.860 

2.328 
2.382 
1.657 
2.707 
2.147 
2.91 5 
1.634 

2.292 
1.726 

1.541 
2.703 
2.1 47 
2.847 
71.38 
2.491 

201 1 

2.313 
3.073 

2.689 
2.283 

2.41 6 
2.777 
2.043 

2.381 
2.530 
1.679 
2.864 
2.330 
3.095 
1.794 

2.441 
1.855 

1.789 
2.861 
2.330 
3.025 
78.22 
2.662 

201 2 

2.500 
2.860 

2.575 
1.803 

1.933 
2.569 
2.1 05 

2.571 
2.326 
2.567 
2.91 9 
2.526 
3.01 7 
1.769 

2.244 
1.847 

I .808 
2.91 9 
2.526 
2.900 
76.95 
2.679 

201 3 

2.587 
2.967 

2.675 
1.929 

2.01 2 
2.671 
2.191 

2.657 
2.494 
2.052 
3.126 
2.622 
3.124 
1.848 

2.337 
1.931 

1.874 
3.126 
2.622 
3.025 
80.47 
2.832 

201 4 

2.674 
3.076 

2.778 
2.054 

2.087 
2.778 
2.305 

2.745 
2.620 
2.1 30 
3.281 
2.704 
3.238 
1.953 

2.431 
2.039 

1.941 
3.281 
2.704 
3.140 
84.95 
2.958 

201 5 

2.743 
3.1 94 

2.892 
2.167 

2.144 
2.894 
2.41 6 

2.814 
2.734 
2.788 
3.424 
2.799 
3.363 
2.063 

2.526 
2.102 

1.994 
3.424 
2.799 
3.264 
89.15 
3.079 

201 6 

2.836 
3.383 

3.068 
2.285 

2.222 
3.069 
2.538 

2.908 
2.842 
2.850 
3.557 
2.970 
3.546 
2.1 89 

2.687 
2.224 

2.070 
3.557 
2.970 
3.448 
94.33 
3.220 

2017 

2.948 
3.576 

3.249 
2.41 2 

2.323 
3.251 
2.658 

3.022 
2.866 
2.900 
3.71 7 
3.145 
3.739 
2.294 

2.862 
2.334 

2.1 62 
3.71 7 
3.145 
3.639 
98.91 
3.377 

201 8 

3.063 
3.764 

3.427 
2.539 

2.426 
3.431 
2.790 

3.1 38 
3.056 
2.992 
3.852 
3.31 7 
3.932 
2.420 

3.027 
2.460 

2.256 
3.851 
3.31 7 
3.831 

104.21 
3.521 

201 9 

3.172 
3.903 

3.558 
2.623 

2.523 
3.564 
2.892 

3.248 
3.1 98 
3.042 
3.958 
3.445 
4.091 
2.514 

3.1 55 
2.553 

2.345 
3.958 
3.445 
3.986 

108.17 
3.636 

2020 

3.280 
4.057 

3.704 
2.750 

2.61 9 
3.71 2 
3.01 9 

3.357 
3.299 
3.1 01 
4.098 
3.586 
4.258 
2.632 

3.284 
2.671 

2.434 
4.098 
3.586 
4.1 50 

113.16 
3.773 

2021 

3.382 
4.1 81 

3.826 
2.862 

2.71 1 
3.835 
3.119 

3.460 
3.368 
3.1 29 
4.173 
3.708 
4.348 
2.740 

3.396 
2.774 

2.51 6 
4.1 73 
3.708 
4.248 

1 17.62 
3.861 

118441 . 
18451 I /  Weighted average price delivered to US. refiners. 

Page 91 



I I I I AA I AB I AE Q R S T U v W X Y Z 
2022 

3.481 
4.328 

3.971 
3.007 

2.802 
3.988 
3.243 

3.560 
3.372 
3.232 
4.303 
3.822 
4.505 
2.851 

3.51 1 
2.888 

2.597 
4.303 
3.822 
4.405 

122.44 
3.987 

2023 

3.587 
4.484 

4.1 22 
3.1 90 

2.894 
4.1 45 
3.380 

3.666 
3.51 2 
3.270 
4.461 
3.953 
4.671 
2.966 

3.633 
3.01 4 

2.683 
4.461 
3.953 
4.570 

127.64 
4.131 

2024 

3.687 
4.639 

4.268 
3.288 

2.985 
4.294 
3.502 

3.768 
3.630 
3.330 
4.594 
4.091 
4.826 
3.075 

3.758 
3.1 25 

2.767 
4.594 
4.091 
4.725 

132.26 
4.261 

2025 

3.785 
4.774 

4.393 
3.380 

3.070 
4.41 8 
3.609 

3.865 
3.722 
3.364 
4.708 
4.220 
4.954 
3.1 77 

3.878 
3.225 

2.846 
4.708 
4.220 
4.854 

136.53 
4.376 

2026 

3.871 
4.91 0 

4.526 
3.465 

3.142 
4.559 
3.697 

3.952 
3.861 
3.373 
4.876 
4.326 
5.069 
3.268 

3.969 
3.31 3 

2.91 7 
4.876 
4.326 
5.004 

140.26 
4.51 8 

2027 

3.967 
5.033 

4.639 
3.560 

3.224 
4.668 
3.793 

4.050 
3.940 
3.386 
4.968 
4.457 
5.21 9 
3.366 

4.082 
3.406 

2.996 
4.968 
4.457 
5.117 

144.29 
4.622 

2028 

4.046 
5.1 91 

4.796 
3.636 

3.286 
4.834 
3.880 

4.129 
4.079 
3.433 
5.159 
4.569 
5.366 
3.458 

4.1 91 
3.495 

3.058 
5.1 58 
4.569 
5.294 

148.05 
4.779 

2029 

4.148 
5.325 

4.91 9 
3.71 8 

3.372 
4.954 
3.952 

4.232 
4.1 52 
3.483 
5.250 
4.695 
5.51 9 
3.531 

4.323 
3.568 

3.1 40 
5.250 
4.695 
5.41 8 

151.11 
4.884 

2030 

4.241 
5.377 

4.948 
3.804 

3.449 
4.962 
4.040 

4.326 
4.151 
3.01 9 
5.241 
4.783 
5.514 
3.61 9 

4.403 
3.655 

3.21 5 
5.241 
4.783 
5.422 

154.78 
4.907 

2031 

4.327 
5.495 

5.058 
3.888 

3.520 
5.072 
4.089 

4.41 3 
4.241 
3.075 
5.353 
4.903 
5.634 
3.649 

4.499 
3.701 

3.283 
5.353 
4.903 
5.539 

156.38 
5.01 5 

2032 

4.41 3 
5.61 9 

5. I 72 
3.987 

3.592 
5.1 87 
4.1 78 

4.500 
4.342 
3.149 
5.478 
5.01 0 
5.757 
3.724 

4.606 
3.779 

3.352 
5.478 
5.01 0 
5.662 

159.68 
5.1 32 

2033 

4.490 
5.832 

5.358 
4.090 

3.650 
5.371 
4.331 

4.577 
4.485 
3.1 70 
5.660 
5.1 91 
5.939 
3.807 

4.785 
3.872 

3.409 
5.660 
5.1 91 
5.851 

163.65 
5.302 

2034 

4.583 
5.983 

5.497 
4.206 

3.725 
5.51 0 
4.440 

4.672 
4.604 
3.262 
5.81 2 
5.328 
6.090 
3.91 0 

4.91 2 
3.976 

3.484 
5.81 2 
5.328 
5.997 

168.02 
5.445 

2035 

4.675 
6.127 

5.630 
4.321 

3.799 
5.645 
4.541 

4.764 
4.71 6 
3.347 
5.951 
5.464 
6.233 
3.988 

5.041 
4.059 

3.556 
5.951 
5.464 
6.1 38 

171.51 
5.578 

3.2% 
3.5% 

3.7% 
3.0% 

3.0% 
3.5% 
3.6% 

3.1% 
3.5% 
1.9% 
3.6% 
4.6% 
3.7% 
3.6% 

3.6% 
4.3% 

3.4% 
3.6% 
4.6% 
3.7% 
3.7% 
3.7% 
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I 
1846 
I847 
1848 
1849 
1850 
1851 

- 
- 
- 

Supply, Disposition, and Prices 

B C I D I E F G H I J K L I M N I 0 P 
cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 2017 201 8 201 9 2020 2021 
2/ Includes energy for combined heat and power plants, except those whose primary business is to sell electricity, 

3/ E85 refers to a blend of 85 percent ethanol (renewable) and 15 percent motor gasoline (nonrenewable). To address 
or electricity and heat, to the public. 

cold starting issues, the percentage of ethanol varies seasonally. The annual average ethanol content of 
74 percent is used for this forecast. 

4/ Sales weighted-average price for all grades. Includes Federal, State, and local taxes. 

2008 2009 201 0 

1852 
1853 
1854 
1855 

- 

20.29 20.96 21 .I 6 
0.06 0.06 0.07 

5/ Includes only kerosene type. 
6/ Diesel fuel for on-road use. Includes Federal and State taxes while excluding county and local taxes. 
7/ Includes electricity-only and combined heat and power plants whose primary business is to sell electricity, 

or electricity and heat, to the public. Includes small power producers and exempt wholesale generators. 

2.98 2.64 2.73 
2.68 2.23 2.32 
0.30 0.41 0.41 

- 1856 
1857 
1858 
- 1859 
1860 
- 1861 
1862 
1863 
- 1 864 
1 865 
- 1866 
I867 
1868 
1869 
1 870 
1871 
1872 
1873 
1874 
- 1875 
- 1876 
1877 

- 
- 

- 

- 
- 

- 
- 

201 1 201 2 201 3 201 4 201 5 201 6 2017 201 8 201 9 2020 2021 

8/ Weighted averages of end-use fuel prices are derived from the prices in each sector and the corresponding sectoral consumption. 
Note: Data for 2008 and 2009 are model results and may differ slightly from official EIA data reports. 
Sources: 2008 and 2009 imported low sulfur light crude oil price: Energy 

Information Administration (EIA), Form EIA-856, "Monthly Foreign Crude Oil Acquisition Report." 
2008 and 2009 imported crude oil price: EIA, 
Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 2010). 
2008 and 2009 prices for motor gasoline, distillate fuel oil, and 
jet fuel are based on: EIA, Petroleum Marketing Annual 2009, DOE/EIA-0487(2009) (Washington, DC, August 2010). 
2008 and 2009 residential, commercial, industrial, and transportation sector petroleum product 
prices are derived from: EIA, Form EIA-782A, "Refiners'/Gas Plant Operators' Monthly Petroleum Product Sales Report." 
2008 and 2009 electric power prices based on: EIA, Monthly Energy Review, DOE/EIA-0035(2010/09) 
(Washington, DC, September 2010). 2008 and 2009 E85 prices 
derived from monthly prices in the Clean Cities Alternative Fuel Price Report. 2008 and 
2009 wholesale ethanol prices derived from Bloomburg US. average rack price. 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO611 a. 

13. Natural Gas Supply, Disposition, and Prices 
(trillion cubic feet, unless otherwise noted) 

20.93 20.73 21.19 21.53 23.29 22.98 23.23 23.71 24.1 9 24.62 24.8; 
0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 O.OE 

2.73 2.57 2.63 2.63 2.95 2.78 2.62 2.46 2.31 2.03 1.7E 
2.29 2.1 1 2.14 2.20 2.55 2.37 2.17 1.99 1.79 1.48 1.15 
0.44 0.46 0.49 0.43 0.40 0.41 0.46 0.47 0.52 0.55 0.57 

118881 Total Supply 23.33 23.66 23.95 23.72 23.36 23.89 24.22 26.31 25.82 25.92 26.24 26.56 26.71 26.6: 
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Q R S T U v 

2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

W I X I Y I 71 AA I AB I AC I AD I A€ 

25.21 25.43 25.47 25.57 25.78 26.00 26.35 26.49 26.87 27.46 28.00 28.69 29.27 30.51 
0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 0.06 

1884 
1885 
1886 
1887 
1888 

- 
1.56 1.42 1.37 1.31 1.23 1.14 1.03 0.95 0.94 0.88 0.79 0.65 0.51 0.27 
1.01 0.94 0.95 0.95 0.93 0.90 0.88 0.81 0.80 0.74 0.65 0.51 0.37 0.1 3 
0.55 0.48 0.42 0.37 0.30 0.24 0.15 0.14 0.1 4 0.14 0.1 4 0.14 0.14 0.14 

26.83 26.92 26.91 26.95 27.07 27.21 27.44 27.50 27.87 28.41 28.85 29.40 29.84 30.85 1 .O% 

2009~ 
203f 

1.5% 
0.0% 

-8.3% 
10.2% 
-4.1% 



B C D E F G H 
I cesbingbk.dlOO611 a 

~ 

Consumption by Sector 
Residential 
Com mercial 
Industrial 4/ 
Natural Gas-to-Liquids Heat and Power E 
Natural Gas to Liquids Production 6/ 
Electric Power 7/ 
Transportation 8/ 
Pipeline Fuel 
Lease and Plant Fuel 9/ 
Total 

Discrepancy 1 O/ 

Natural Gas Prices 

(2009 dollars per million Btu) 
Henry Hub Spot Price 
Average Lower 48 Wellhead Price 1 I/ 

(2009 dollars per thousand cubic feet) 
Average Lower 48 Wellhead Price 1 I/ 

Delivered Prices 
Residential 
Commercial 
Industrial 41 
Electric Power 7/ 
Transportation 12/ 

Average 131 
(nominal dollars per million Btu) 

Henrv Hub Spot Price 

Transportation 12/ 
Average 131 

(nominal dollars per million Btu) 
Henrv Hub Spot Price 

1-1 Average Lower 48 Wellhead Price 1 I /  

(nominal dollars per thousand cubic feet) 
Averaae Lower 48 Wellhead Price 11/ 

119261 Y 

2008 

4.87 
3.13 
6.65 
0.00 
0.00 
6.67 
0.03 
0.65 
1.22 
23.22 

0.1 1 

8.94 
7.96 

8.18 

3.99 
2.32 
9.32 
9.35 
7.67 
0.84 

8.86 
7.89 

8.1 0 

2009 

4.75 
3.1 1 
6.15 
0.00 
0.00 
6.89 
0.03 
0.64 
1.16 
22.72 

0.94 

3.95 
3.62 

3.71 

12.20 
9.94 
5.39 
4.94 

13.05 
7.47 

3.95 
3.62 

3.71 

201 0 

4.77 
3.1 0 
6.55 
0.00 
0.00 
7.32 
0.03 
0.65 
1.28 
23.70 

0.26 

4.43 
3.95 

4.05 

I I .29 
9.12 
4.90 
5.1 6 

12.34 
7.00 

4.47 
3.99 

4.09 

201 1 

4.76 
3.22 
6.94 
0.00 
0.00 
6.87 
0.03 
0.63 
1.26 
23.71 

0.01 

4.48 
3.95 

4.06 

10.53 
9.26 
4.95 
4.79 

12.31 
6.76 

4.58 
4.04 

4.15 

201 2 

4.78 
3.25 
7.19 
0.00 
0.00 
6.20 
0.03 
0.62 
1.21 
23.29 

0.07 

4.34 
3.85 

3.95 

10.28 
8.88 
4.84 
4.59 

12.14 
6.60 

4.49 
3.98 

4.08 

201 3 

4.81 
3.30 
7.63 
0.00 
0.00 
6.22 
0.04 
0.63 
1.20 
23.81 

0.07 

4.35 
3.85 

3.95 

10.18 
8.60 
4.82 
4.51 

12.09 
6.48 

4.57 
4.05 

4.16 

201 4 

4.83 
3.36 
7.81 
0.00 
0.00 
6.30 
0.04 
0.63 
1 .I8 
24.1 5 

0.07 

4.34 
3.84 

3.94 

10.06 
8.30 
4.81 
4.45 

12.04 
6.38 

4.65 
4.12 

4.22 

201 5 

4.79 
3.35 
7.77 
0.00 
0.00 
8.36 
0.04 
0.68 
1.24 
26.24 

0.07 

5.47 
4.84 

4.97 

11.12 
9.33 
5.88 
5.71 

13.03 
7.34 

5.98 
5.30 

5.43 

201 6 

4.78 
3.33 
7.74 
0.00 
0.00 
7.98 
0.05 
0.66 
I .22 
25.75 

0.07 

5.57 
4.93 

5.06 

11.31 
9.49 
6.02 
5.78 

13.12 
7.49 

6.22 
5.50 

5.65 

201 7 

4.76 
3.34 
7.77 
0.00 
0.00 
8.06 
0.05 
0.66 
1.22 
25.85 

0.07 

5.58 
4.94 

5.07 

11.45 
9.58 
6.05 
5.80 

13.15 
7.54 

6.35 
5.63 

5.77 

201 8 

4.76 
3.36 
7.78 
0.00 
0.00 
8.33 
0.05 
0.66 
1.23 
26.17 

0.07 

5.60 
4.96 

5.09 

11.56 
9.65 
6.07 
5.82 

13.16 
7.57 

6.52 
5.77 

5.92 

201 9 

4.77 
3.39 
7.81 
0.00 
0.00 
8.57 
0.06 
0.67 
1.24 
26.50 

0.06 

5.64 
5.00 

5.1 3 

11.66 
9.72 
6.1 1 
5.88 

13.18 
7.62 

6.70 
5.93 

6.08 

2020 

4.78 
3.40 
7.83 
0.00 
0.00 
8.66 
0.06 
0.67 
1.25 
26.65 

0.06 

5.84 
5.17 

5.31 

11.96 
9.97 
6.30 
6.04 

13.35 
7.82 

7.07 
6.26 

6.42 

2021 

4.77 
3.41 
7.81 
0.00 
0.00 
8.67 
0.07 
0.67 
1.25 
26.64 

0.06 

6.00 
5.31 

5.45 

12.13 
10.12 
6.45 
6.1 6 

13.46 
7.97 

7.39 
6.54 

6.71 

11 9271 Delivered Prices 
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Q 
2022 

4.77 
3.42 
7.75 
0.00 
0.00 
8.83 
0.08 
0.67 
1.26 
26.77 

0.06 

6.14 
5.43 

5.57 

12.28 
10.25 
6.57 
6.29 

13.54 
8.09 

7.69 
6.81 

6.99 

R S T U v W X Y Z I AA I AB I AC I 
2023 

4.78 
3.43 
7.75 
0.00 
0.00 
8.89 
0.08 
0.67 
I .26 
26.86 

0.05 

6.28 
5.56 

5.71 

12.45 
10.39 
6.69 
6.41 

13.63 
8.22 

8.02 
7.1 0 

7.28 

2024 

4.79 
3.45 
7.74 
0.00 
0.00 
8.86 
0.09 
0.67 
1.26 
26.86 

0.05 

6.44 
5.70 

5.85 

12.61 
10.53 
6.82 
6.50 

13.71 
8.35 

8.36 
7.40 

7.60 

2025 

4.78 
3.47 
7.75 
0.00 
0.00 
8.89 
0.1 0 
0.67 
1.25 
26.90 

0.05 

6.57 
5.81 

5.96 

12.77 
10.65 
6.92 
6.58 

13.79 
8.46 

8.67 
7.68 

7.88 

2026 

4.79 
3.49 
7.76 
0.00 
0.00 
8.95 
0.1 0 
0.67 
1.25 
27.01 

0.06 

6.68 
5.91 

6.07 

12.93 
10.78 
7.01 
6.68 

13.86 
8.57 

8.97 
7.95 

8.15 

2027 

4.79 
3.52 
7.77 
0.00 
0.00 
9.06 
0.1 1 
0.67 
1.26 
27.1 6 

0.04 

6.75 
5.97 

6.1 3 

13.05 
10.88 
7.08 
6.76 

13.91 
8.65 

9.23 
8.1 7 

8.39 

2028 

4.80 
3.54 
7.83 
0.00 
0.00 
9.1 8 
0.1 2 
0.67 
1.27 
27.40 

0.04 

6.83 
6.04 

6.20 

13.17 
10.98 
7.15 
6.84 

13.96 
8.74 

9.51 
8.42 

8.64 

2029 

4.79 
3.58 
7.86 
0.00 
0.00 
9.1 7 
0.1 2 
0.67 
1.27 
27.46 

0.04 

6.82 
6.04 

6.20 

13.21 
10.98 
7.1 5 
6.85 

13.93 
8.74 

9.69 
8.58 

8.80 

2030 

4.79 
3.61 
7.94 
0.00 
0.00 
9.41 
0.13 
0.68 
1.28 
27.83 

0.04 

6.86 
6.07 

6.23 

13.31 
11.04 
7.17 
6.89 

13.94 
8.78 

9.92 
8.78 

9.01 

2031 

4.78 
3.65 
7.98 
0.00 
0.00 
9.85 
0.14 
0.69 
1.30 
28.37 

0.04 

6.98 
6.18 

6.34 

13.48 
11.17 
7.28 
7.04 

14.02 
8.88 

10.29 
9.1 1 

9.35 

2032 

4.78 
3.68 
8.01 
0.00 
0.00 

10.20 
0.1 4 
0.69 
1.31 
28.81 

0.03 

7.13 
6.31 

6.48 

13.66 
1 1.32 
7.44 
7.20 

14.12 
9.02 

10.72 
9.49 

9.74 

2033 

4.75 
3.71 
8.04 
0.00 
0.00 

10.69 
0.1 5 
0.70 
I .34 
29.37 

0.03 

7.43 
6.58 

6.75 

14.02 
11.61 
7.72 
7.49 

14.36 
9.29 

11.39 
10.08 

10.34 

2034 

4.74 
3.73 
8.03 
0.00 
0.00 

11.10 
0.15 
0.71 
1.36 
29.82 

0.03 

7.70 
6.81 

6.99 

14.30 
11.86 
7.99 
7.79 

14.58 
9.54 

12.04 
10.66 

10.93 

2035 

4.73 0.0% 
3.77 0.7% 
8.02 1 .O% 
0.00 - -  
0.00 - -  

11.97 2.1% 
0.16 7.3% 
0.76 0.7% 
1.42 0.8% 
30.82 1.2% 

0.03 - - 

7.92 2.7% 
7.01 2.6% 

7.1 9 2.6% 

14.53 0.7% 
12.07 0.7% 
8.22 1.6% 
8.09 1.9% 

14.76 0.5% 
9.75 1 .O% 

12.64 4.6% 
11.19 4.4% 

11.48 4.4% 
1926 
1927 
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I 
1928 
1929 
1930 
1931 
I932 
1933 
1934 
1935 
1936 
1937 
1938 
1 939 
1940 
1941 
1942 
1943 
1944 
1945 
1946 
1947 
1948 
1949 
1950 
1951 
1952 
1953 
1954 
1955 
1956 
1957 
1958 
1959 
1960 
1961 
1962 
1963 
1964 
1965 
1966 
1967 
1968 
1969' 
1970 
1971 

- 

- 

- 

- 

- 

- 

- 

- 

I I I I I I I I P 
cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 2017 201 8 201 9 2020 2021 

Residential 13.86 12.20 11.39 10.76 10.64 10.71 10.77 12.16 12.62 13.05 13.45 13.83 14.47 14.95 

Industrial 4/ 9.24 5.39 4.95 5.06 5.00 5.07 5.15 6.43 6.71 6.89 7.07 7.25 7.62 7.95 
Electric Power 71 9.26 4.94 5.20 4.89 4.75 4.75 4.77 6.24 6.45 6.61 6.78 6.97 7.31 7.59 

Commercial 12.20 9.94 9.20 9.47 9.18 9.05 8.90 10.21 10.59 10.91 11.22 1 1.53 12.07 12.47 

Transportation 1 21 17.50 13.05 12.45 12.58 12.56 12.72 12.90 14.25 14.64 14.98 15.31 15.64 16.1 6 16.58 
Average 13/ 10.74 7.47 7.06 6.91 6.83 6.82 6.83 8.02 8.36 8.59 8.81 9.04 9.47 9.82 

I /  Marketed production (wet) minus extraction losses. 
2/ Synthetic natural gas, propane air, coke oven gas, refinery gas, biomass gas, air injected for Btu 

3/ Includes any natural gas regasified in the Bahamas and transported via pipeline to Florida, as well 

4/ Includes energy for combined heat and power plants, except those whose primary business is to sell electricity, 

5/ Includes any natural gas used in the process of converting natural gas to liquid fuel that is not actually converted. 
6/ Includes any natural gas converted into liquid fuel. 
7/ Includes consumption of energy by electricity-only and combined heat and power plants whose primary 

stabilization, and manufactured gas commingled and distributed with natural gas. 

as gas from Canada and Mexico. 

or electricity and heat, to the public. 

business is to sell electricity, or electricity and heat, to the public. Includes small power producers and 
exempt wholesale generators. 

8/ Compressed natural gas used as vehicle fuel. 
9/ Represents natural gas used in well, field, and lease operations, and in natural gas processing plant machinery. 
IO/  Balancing item. Natural gas lost as a result of converting flow data measured at varying temperatures and 

pressures to a standard temperature and pressure and the merger of different data reporting systems which 
vary in scope, format, definition, and respondent type. In addition, 2008 and 2009 values 
include net storage injections. 

1 I /  Represents lower 48 onshore and offshore supplies. 
12/ Compressed natural gas used as a vehicle fuel. Price includes estimated motor vehicle fuel taxes 

13/ Weighted average prices. Weights used are the sectoral consumption values excluding lease, plant, and pipeline fuel. 
- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 supply values: and lease, plant, and pipeline fuel consumption: Energy 

and estimated dispensing costs or charges. 

are model results and may differ slightly from official EIA data reports. 

Information Administration (EIA), Natural Gas Annual 2008, DOE/EIA-0131(2008) (Washington, DC, March 201 0). 
2009 supply values; and lease, plant, and pipeline fuel consumption; and wellhead price: EIA, 
Natural Gas Monthly, DOE/EIA-0130(2010/07) (Washington, DC, July 201 0). 
Other 2008 and 2009 consumption based on: EIA, 
Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0). 
2008 wellhead price: Minerals Management Service and EIA, Natural Gas Annual 
2008, DOE/EIA-0131(2008) (Washington, DC, March 201 0). 
2008 residential and commercial delivered prices: EIA, Natural Gas Annual 
2008, DOE/EIA-OI31(2008) (Washington, DC, March 2010). 
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Q I R 
2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 

12.84 13.25 13.68 14.07 14.49 14.88 15.30 15.59 15.96 16.46 17.01 17.81 18.56 19.26 2.6% 
15.40 15.88 16.38 16.87 17.37 17.86 18.36 18.76 19.25 19.87 20.53 21.49 22.37 23.19 2.5% 

8.24 8.53 8.86 9.14 9.43 9.69 9.96 10.1 5 10.37 10.74 11.18 11.84 12.50 13.1 3 3.5% 
7.88 8.17 8.44 8.70 8.98 9.25 9.54 9.72 9.97 10.37 10.81 11.48 12.19 12.92 3.8% 

16.97 17.39 17.81 18.21 18.62 19.03 19.46 19.79 20.1 6 20.66 21.23 22.01 22.80 23.57 2.3% 
10.14 10.49 10.85 11.18 11.52 11.84 12.18 12.42 12.70 13.09 13.56 14.24 14.93 15.56 2.9% 

S I T U I v I W I X I Y Z I AA I AB I AC I AD I AE 

1961 
1962 
1963 
1964 
1965 
1966 
1967 
1968 
1969 
1970 
1971 

- 
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I 
1972 
- 1973 
1974 
1975 
- 1976 
- 1977 
- 1978 
1979 
1980 
1 981 
1982 
1983 
1984 
1985 
1986 
1987 
1988 
1989 
1990 
1991 
1992 
1993 
1994 
1995 
1996 
1997 
1998 
1999 
2000 
2001 
2002 
2003 
2004 
2005 
2006 
2007 
2008 
2009 
201 0 
201 1 

- 
- 
- 
- 

- 
- - 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 
- 

- 

- 
- 

- 

1201 2 

cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 
2009 residential and commercial delivered prices: EIA, Natural Gas Monthly, DOE/EIA-O130 
(2010/07) (Washington, DC, July 201 0). 2008 and 2009 electric power prices: EIA, 
Electric Power Monthly, DOE/EIA-0226, April 2009 and April 201 0, Table 4.1 3.B. 2008 and 2009 
industrial delivered prices are estimated based on: EIA, Manufacturing Energy Consumption Survey and industrial 
and wellhead prices from the Natural Gas Annual 2008, DOVEIA-0131(2008) (Washington, DC, March 2010) 
and the Natural Gas Monthly, DOE/EIA-O130(2010/07) (Washington, DC, July 2010). 2008 transportation sector 
delivered prices are based on: EIA, Natural Gas Annual 2008, DOE/EIA-0131(2008) (Washington, DC, March 2010) 
and estimated state taxes, federal taxes, and dispensing costs or charges. 
2009 transportation sector delivered prices are model results. 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO61 I a. 
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I 

I 1 Icesbinabk.dl00611a 
B C D E F G H I 

F... Oii and Gas Supply 

2027 
Production and Supply 

Price 1/ 

Production (million barrels per day) 2/ 

 natural Gas 

Prices (2009 dollars per million Btu) 
Henrv Hub SDot Price 1-1 Lowe'r 48 Average Wellhead Price I /  

2008 

2008 

96.1 3 

4.96 
3.01 
1.27 
0.69 

17.05 

8.94 
7.96 

Prices (2009 dollars per thousand cubic feet) 
Lower 48 Averaae Wellhead Price I /  8.18 

2009 

2009 

89.96 

5.36 
3.00 
I .71 
0.65 

17.88 

3.95 
3.62 

3.71 

201 0 

201 0 

78.62 

5.51 
3.1 1 
1.79 
0.61 

17.63 

4.43 
3.95 

4.05 

201 1 

201 1 

84.02 

5.46 
3.32 
1.55 
0.59 

17.95 

4.48 
3.95 

4.06 

201 2 

201 2 

86.25 

5.38 
3.38 
1.45 
0.55 

18.02 

4.34 
3.85 

3.95 

201 3 

201 3 

88.66 

5.58 
3.43 
1.62 
0.53 

18.67 

4.35 
3.85 

3.95 

201 4 

201 4 

92.01 

5.75 
3.47 
1.77 
0.52 

19.31 

4.34 
3.84 

3.94 

201 5 

201 5 

94.83 

5.82 
3.52 
1.81 
0.49 

19.69 

5.47 
4.84 

4.97 

201 6 

201 6 

97.98 

5.96 
3.56 
1.93 
0.47 

20.25 

5.57 
4.93 

5.06 

201 7 

201 7 

100.83 

6.08 
3.62 
2.01 
0.45 

20.73 

5.58 
4.94 

5.07 

201 8 

201 8 

103.57 

6.1 1 
3.63 
2.05 
0.42 

21.14 

5.60 
4.96 

5.09 

201 9 

201 9 

104.99 

6.12 
3.68 
2.04 
0.40 

21.50 

5.64 
5.00 

5.13 

2020 

2020 

107.28 

6.09 
3.73 
1.94 
0.42 

21.62 

5.84 
5.1 7 

5.31 

2021 

2021 

108.53 

6.07 
3.7E 
1.87 
0.45 

21.74 

6.0C 
5.31 

5.4E 
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Q 
2022 

2022 

11 0.38 

6.08 
3.80 
1.82 
0.46 

21.89 

6.14 
5.43 

5.57 

R S T U v W 
2023 

2023 

11 2.38 

6.00 
3.84 
1.72 
0.44 

21.88 

6.28 
5.56 

5.71 

2024 

2024 

114.13 

5.89 
3.84 
1.63 
0.42 

21.80 

6.44 
5.70 

5.85 

2025 

2025 

1 15.73 

5.84 
3.83 
1.59 
0.41 

21.85 

6.57 
5.81 

5.96 

2026 

2026 

11 6.71 

5.79 
3.81 
1.61 
0.37 

21.99 

6.68 
5.91 

6.07 

2027 

2027 

1 18.04 

5.84 
3.80 
1.70 
0.34 

22.31 

6.75 
5.97 

6.13 

2028 

2028 

11 7.89 

5.85 
3.78 
1.75 
0.32 

22.56 

6.83 
6.04 

6.20 

2029 

2029 

11 8.09 

5.89 
3.81 
1.79 
0.29 

22.77 

6.82 
6.04 

6.20 

2030 

2030 

11 8.06 

5.92 
3.84 
1.80 
0.27 

23.1 7 

6.86 
6.07 

6.23 

2031 

2031 

11 7.91 

6.00 
3.83 
1.86 
0.31 

23.36 

6.98 
6.1 8 

6.34 

2032 

2032 

8.1 1 

6.1 4 
3.83 
1.93 
0.37 

23.48 

7.1 3 
6.31 

6.48 

1 

2033 

2033 

11 6.52 

6.25 
3.85 
1.98 
0.42 

23.71 

7.43 
6.58 

2034 

2034 

11 6.90 

6.21 
3.86 
1.94 
0.40 

23.63 

7.70 
6.81 

2035 

2035 

11 6.95 

6.17 
3.88 
1.90 
0.39 

23.72 

7.92 
7.01 

2009- 
2035 

1 .O% 

0.5% 
1 .O% 
0.4% 

-1.9% 

1.1% 

2.7% 
2.6% 

6.75 6.99 7.1 9 2.6% 
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2057 
2058 
2059 
2060 
2061 
2062 
2063 
2064 
2065 
2066 
2067 

cesbingbk.dlOO611 a 

Dry Production (trillion cubic feet) 3/ 
United States Total 
Lower 48 Onshore 
Associated-Dissolved 4/ 
Non-Associated 
Tight Gas 
Shale Gas 
Coalbed Methane 
Other 

Lower 48 Offshore 
Associated-Dissolved 4/ 
Non-Associated 

Alaska 

Lower 48 End of Year Dry Reserves (tcf) 

I I .  - .  . 
'2091, Alaska and total natural gas production, and supplemental gas supplies: EIA, Natural Gas Annual 
2092 2008, DOE/EIA-0131(2008) (Washington, DC, March 2010). 2008 natural gas lower 48 average wellhead price: Minerals 
2093 Management Service and EIA, Natural Gas Annual 2008, DOE/EIA-O131(2008) (Washington, DC, March 201 0). 

I ~ I S u p p l e m s n t a l  Gas Supplies (tcf) 51 

Total Lower 48 Wells Drilled (thousands 

1/ Represents lower 48 onshore and offshore supplies. 
2/ Includes lease condensate. 
3/ Marketed production (wet) minus extraction losses. 

2008 

20.29 
17.22 
1.42 

15.81 
6.75 
2.23 
1.87 
4.95 
2.69 
0.62 
2.07 
0.37 

236.96 

0.06 

56.20 

2009 

20.96 
17.88 
1.40 

16.48 
6.59 
3.28 
1.80 
4.80 
2.70 
0.64 
2.05 
0.37 

261.37 

0.06 

35.06 

201 0 

21.16 
18.43 
1.57 

16.86 
6.17 
4.74 
1.70 
4.24 
2.38 
0.58 
1.79 
0.35 

263.88 

0.07 

33.1 3 

201 1 

20.93 
18.39 

I .54 
16.85 
5.94 
5.14 
1.71 
4.05 
2.1 9 
0.54 
1.66 
0.35 

266.29 

0.06 

30.61 

. .  
4/ Gas which occurs in crude oil reserves either as free gas (associated) or as gas in solution with crude oil (dis 
5/ Synthetic natural gas, propane air, coke oven gas, refinery gas, biomass gas, air injected for Btu 

stabilization, and manufactured gas commingled and distributed with natural gas. 
Tcf = Trillion cubic feet. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 and 2009 crude oil lower 48 average wellhead price: U S .  Energy Information 
are model results and may differ slightly from official EIA data reports. 

Administration (EIA), Petroleum Marketing Annual 2009, DOE/EIA-0487(2009) (Washington, DC, August 201 0). 
2008 and 2009 lower 48 onshore, lower 48 offshore, and Alaska crude oil production: 
EIA, Petroleum Supply Annual 2009, DOE/EIA-0340(2009)/1 (Washington, DC, July 2010). 
2008 US. crude oil and natural gas reserves: EIA, US.  Crude Oil, Natural Gas, and Natural Gas Liquids 
Reserves, DOE/ElA-0216(2009) (Washinaton, DC. October 2010). 2008 

201 2 

20.73 
18.39 
1.57 

16.81 
5.71 
5.56 
1.64 
3.89 
2.00 
0.52 
I .48 
0.35 

269.39 

0.06 

31.44 

;solved). 

201 3 

21.19 
19.01 
1.57 

17.44 
5.77 
6.1 6 
1.64 
3.88 
1.88 
0.48 
1.40 
0.30 

272.89 

0.06 

33.43 

201 4 

21.53 
19.24 
1.53 

17.71 
5.76 
6.53 
1.63 
3.79 
2.00 
0.57 
1.43 
0.29 

276.99 

0.06 

34.05 

201 5 

23.29 
20.76 

1.49 
19.28 
6.18 
7.36 
1.75 
3.99 
2.24 
0.64 
I .60 
0.28 

278.47 

0.06 

42.20 

201 6 

22.98 
20.45 

1.44 
19.01 
5.85 
7.82 
1.73 
3.62 
2.25 
0.67 
1.58 
0.28 

281.63 

0.06 

42.48 

201 7 

23.23 
20.57 

1.42 
19.15 
5.80 
8.17 
1.71 
3.47 
2.39 
0.74 
1.65 
0.27 

285.61 

0.06 

43.55 

201 8 

23.71 
20.84 

1.41 
19.43 
5.80 
8.50 
1.75 
3.38 
2.60 
0.80 
1.81 
0.27 

289.1 5 

0.06 

44.1 4 

201 9 

24.1 9 
21.06 

1.41 
19.64 
5.77 
8.83 
1.76 
3.28 
2.87 
0.85 
2.02 
0.26 

292.56 

0.06 

44.88 

2020 

24.62 
21.41 

1.43 
19.98 
5.82 
9.21 
1.79 
3.1 6 
2.96 
0.87 
2.09 
0.26 

294.47 

0.06 

45.88 

2021 

24.85 
21.7: 

1.41 
20.32 
5.82 
9.64 
1.7E 
3.0s 
2.8f 
0.84 
2.04 
0.2E 

296.44 

O.OE 

46.95 



Q 
2022 

25.21 
22.13 

1.38 
20.75 
5.86 

10.07 
1.78 
3.04 
2.82 
0.81 
2.01 
0.25 

298.58 

0.06 

49.45 

R S T U v W X Y 
2023 

25.43 
22.42 

1.38 
21.04 
5.87 

10.47 
1.78 
2.93 
2.76 
0.80 
1.96 
0.25 

300.07 

0.06 

50.05 

2024 

25.47 
22.64 

I .36 
21.28 
5.89 

10.76 
1.78 
2.85 
2.59 
0.74 
1.85 
0.25 

300.92 

0.06 

50.46 

2025 

25.57 
22.87 

1.35 
21.52 
5.89 

11.07 
1.78 
2.77 
2.47 
0.69 
1.77 
0.24 

302.35 

0.06 

51.08 

2026 

25.78 
23.1 0 

1.31 
21.79 
5.91 

11.40 
1.78 
2.70 
2.44 
0.67 
1.77 
0.24 

304.05 

0.06 

52.05 

2027 

26.00 
23.27 

1.27 
22.00 
5.91 

11.68 
1.77 
2.63 
2.50 
0.66 
1.83 
0.23 

306.31 

0.06 

52.62 

2028 

26.35 
23.43 

1.23 
22.21 
5.91 

1 I .96 
1.76 
2.58 
2.68 
0.70 
1.98 
0.23 

308.56 

0.06 

53.41 

2029 

26.49 
23.36 

1.21 
22.1 5 
5.83 

12.10 
1.73 
2.48 
2.90 
0.73 
2.17 
0.23 

31 1.36 

0.06 

53.72 

2030 

26.87 
23.56 

1.20 
22.36 
5.81 

12.41 
1.72 
2.43 
3.08 
0.76 
2.32 
0.22 

31 4.1 4 

0.06 

54.61 

2031 

27.46 
24.03 

1.18 
22.85 
5.85 

12.88 
1.72 
2.39 
3.21 
0.77 
2.44 
0.22 

31 6.25 

0.06 

57.03 

2032 

28.00 
24.54 

1.17 
23.37 
5.91 

13.38 
1.73 
2.35 
3.24 
0.78 
2.46 
0.22 

31 8.00 

0.06 

58.72 

2033 

28.69 
25.25 

1.07 
24.1 8 
6.02 

14.07 
1.76 
2.33 
3.22 
0.80 
2.42 
0.22 

31 9.22 

0.06 

59.54 

2034 

29.27 
25.93 

1.05 
24.88 
6.1 0 

14.69 
1.80 
2.28 
3.1 2 
0.82 
2.31 
0.21 

320.01 

0.06 

61.65 

2035 

30.51 
26.48 

1.03 
25.46 
6.05 

15.37 
1.81 
2.23 
3.03 
0.79 
2.23 
1 .oo 

321.63 

0.06 

61.90 

1.5% 
1.5% 

-1.2% 
1.7% 

-0.3% 
6.1% 
0.0% 

-2.9% 
0.4% 
0.8% 
0.3% 
3.8% 

0.8% 

0.0% 

2.2% 
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cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 
2009 natural gas lower 48 average wellhead price, Alaska and total natural gas production, and supplemental gas supplies: 
EIA, Natural Gas Monthly, DOE/EIA-0130(2010/07) (Washington, DC, July 201 0). 
Other 2008 and 2009 values: EIA, Office of Integrated Analysis and Forecasting. 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dl00611 a. 
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2094 
2095 
2096 
2097 
2098 
2099 
21 00 
21 01 
21 02 
21 03 
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21 07 
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2110 
2111 
2112 
21 I 3  
2114 
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2116 
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2119 
21 20 
21 21 
21 22 
21 23 
21 24 
21 25 
21 26 
21 27 
21 28 
21 29 
21 30 
21 31 
21 32 
21 33 

- 

- 

- 

- 
- 

- 
- 

- 

- 

- 
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2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 



21 36 
21 37 
21 38 

15. Coal Supply, Disposition, and Prices 
(million short tons, unless otherwise noted) 

Supply, Disposition, and Prices 2008 

East of the Mississippi 
West  of the  Mississitmi 

~ l * ~ s t e  Coal Supplied 2/ 

21 66 Net Imports 
21 67 Imports 3/ 
2168 Exports E 2169 Total 

391 
147 
634 

493 
678 
1172 

14 

32 
82 
-49 

1136 

2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

2009 201 0 

343 356 
147 149 
585 604 

450 466 
625 642 
1075 1109 

12 14 

21 17 
59 77 
-38 -59 

1049 1063 

201 1 

335 
150 
588 

444 
629 
1073 

13 

24 
74 

-50 

1036 

201 2 

302 
166 
61 4 

425 
657 
1083 

12 

30 
74 
-44 

1051 

201 3 201 4 

289 279 
166 167 
61 7 606 

41 3 403 
659 650 
1072 1053 

15 16 

32 32 
74 71 
-42 -40 

1046 1029 

201 5 

245 
139 
505 

355 
533 
889 

8 

30 
70 
-40 

857 

201 6 

24 1 
141 
537 

354 
565 
91 9 

12 

30 
71 
-41 

890 

2017 

223 
135 
538 

331 
566 
896 

7 

29 
62 
-33 

871 

201 8 201 9 

236 230 
141 136 
531 528 

349 337 
559 557 
908 894 

8 7 

11 17 
72 74 
-61 -56 

854 845 

2020 

234 
140 
536 

346 
564 
91 0 

8 

18 
76 
-59 

860 

2021 

23( 
135 
52: 

341 
551 
89: 

1 

21 
7: 
-41 

85( 
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Q 
2022 

2022 

238 
131 
528 

341 
556 
896 

8 

21 
74 
-53 

852 

R S T U v W X 
2023 

2023 

235 
132 
51 7 

340 
545 
884 

8 

25 
73 
-48 

845 

2024 2025 

2024 2025 

234 230 
131 129 
51 8 51 2 

337 33 1 
546 541 
883 871 

7 7 

24 23 
73 73 
-50 -50 

840 828 

2026 

2026 

226 
129 
51 0 

324 
540 
864 

7 

23 
72 
-50 

821 

2027 

2027 

21 3 
129 
502 

31 5 
530 
845 

7 

20 
72 
-52 

800 

2028 

2028 

205 
I23 
493 

300 
521 
821 

7 

19 
67 
-48 

780 

2029 

2029 

198 
125 
479 

296 
506 
802 

7 

18 
66 
-49 

760 

2030 

2030 

189 
119 
466 

283 
49 1 
775 

6 

16 
65 
-50 

731 

2031 

2031 

178 
113 
455 

267 
479 
746 

4 

13 
66 
-53 

697 

2032 

2032 

168 
109 
447 

252 
471 
724 

3 

14 
64 
-51 

677 

2033 

2033 

164 
112 
456 

252 
480 
732 

3 

13 
69 
-56 

679 

2034 

2034 

168 
118 
480 

256 
509 
765 

4 

11 
58 
-47 

722 

2035 

2035 

167 
113 
484 

253 
51 1 
764 

3 

11 
54 
-44 

724 

2009. 
203: 

-2.7% 
-1 .O% 
-0.7% 

-2.2% 
-0.8% 
-1.3% 

-4.9% 

-2.5% 
-0.3% 
0.5% 

-1.4% 
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cesbingbk.dlOO611 a 
Consumption by Sector 
Residential and Commercial 
Coke Plants 
Other Industrial 5/ 
Coal-to-Liquids Heat and Power 
Coal to Liquids Production 
Electric Power 6/ 
Total 

Discrepancy and Stock Change 71 

Average Minemouth Price 8/ 
(2009 dollars per short ton) 
(2009 dollars per million Btu) 

Delivered Prices 
(2009 dollars per short ton) 9/ 
Coke Plants 
Other Industrial 5/ 
Coal to Liquids 
Electric Power 
(2009 dollars per short ton) 
(2009 dollars per million Btu) 
Average 

Exports IO/ 

Average Minemouth Price 8/ 
(nominal dollars per short ton) 
(nominal dollars per million Btu) 

2008 

4 
22 
54 
0 
0 

1041 
1121 

16 

31.54 
1.56 

11 9.20 
64.03 _ _  
41.07 
2.07 
43.77 
98.60 

31.25 
1.55 

1 18.09 
63.44 - -  
40.69 
2.05 

2009 

3 
15 
45 

0 
0 

937 
1000 

49 

33.26 
1.67 

143.01 
64.87 _ _  
43.48 
2.20 
46.03 

101.44 

33.26 
1.67 

143.01 
64.87 

- -  

43.48 
2.20 

201 0 

3 
21 
48 
0 
0 

992 
1063 

0 

36.78 
1 .BO 

161.49 
65.1 8 _ _  
44.98 

2.27 
48.1 6 

129.94 

37.1 1 
1.82 

162.91 
65.76 - -  
45.37 
2.29 

201 1 

3 
22 
48 

0 
0 

964 
1036 

0 

35.57 
I .75 

159.93 
64.25 _ _  
44.24 
2.24 
47.57 

127.07 

36.36 
1.79 

163.47 
65.67 
..- 

45.22 

201 2 

3 
22 
48 

0 
0 

978 
1051 

0 

34.05 
1.69 

159.12 
63.49 _ _  
42.93 
2.20 
46.26 

126.31 

35.22 
1.75 

164.59 
65.66 _ _  
44.40 

201 3 

3 
23 
49 

0 
0 

971 
1045 

0 

33.62 
1.68 

160.97 
63.50 _ _  
41.94 

2.1 6 
45.52 

127.56 

35.38 
1.76 

169.39 
66.82 _ _  
44.13 

201 4 

3 
22 
49 

0 
0 

955 
1029 

0 

33.10 
1.65 

157.80 
62.49 

- -  

41.34 
2.13 
44.86 

125.28 

35.45 
1.77 

169.04 
66.94 - -  
44.28 

201 5 

3 
22 
48 

5 
5 

772 
856 

1 

33.17 
1.64 

157.05 
61.05 
30.42 

40.80 
2.08 
44.80 

122.64 

36.27 
1 .BO 

171.74 
66.76 
33.26 

44.62 

201 6 

3 
21 
48 

6 
6 

806 
890 

0 

32.25 
1.61 

152.93 
58.76 
30.00 

39.32 
2.02 
42.99 

11 9.89 

35.99 
1.79 

170.65 
65.57 
33.47 

43.88 

201 7 

3 
21 
48 
6 
6 

786 
871 

0 

31 .I 1 
I .56 

159.87 
61.09 
30.49 

39.40 
2.03 
43.45 

121 .BO 

35.45 
1.78 

182.19 
69.62 
34.74 

44.90 

201 8 

3 
21 
48 

6 
6 

770 
854 

0 

32.43 
1.62 

161.43 
60.47 
30.76 

39.09 
2.02 
43.26 

126.55 

37.74 
I .88 

187.85 
70.36 
35.79 

45.49 

201 9 

3 
21 
48 
6 
6 

761 
845 

0 

32.38 
1.62 

164.73 
60.26 
30.87 

38.78 
2.01 
43.07 

130.56 

38.42 
1.92 

195.47 
71.51 
36.63 

46.01 
2.38 

2020 

3 
21 
48 

7 
6 

775 
861 

-1 

32.68 
1.63 

166.55 
59.95 
31.04 

38.82 
2.01 
43.05 

132.54 

39.55 
1.97 

201.54 
72.54 
37.56 

46.98 
2.43 

2021 

3 
21 
48 

8 
7 

763 
850 

0 

32.91 
1.64 

167.70 
60.21 
31.40 

39.1 0 
2.02 
43.40 

136.31 

40.56 
2.02 

206.65 
74.20 
38.69 

48.1 9 
2.49 2.35 

I 
2.29 2.27 2.27 2.28 2.28 2.26 2.31 
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122101 

R S T U v W X Y Z AA I AB I AC I AD I AE 
2022 

3 
21 
48 
10 
9 

763 
853 

-1 

32.97 
1.64 

167.08 
59.70 
29.56 

39.18 
2.02 
43.32 

135.44 

41.32 
2.06 

209.39 
74.82 
37.05 

49.1 0 

2023 

3 
21 
48 
15 
14 

743 
845 

0 

33.18 
1.65 

168.96 
60.1 7 
29.64 

39.42 
2.03 
43.48 

137.35 

42.33 
2.1 1 

21 5.57 
76.77 
37.82 

50.30 

2024 

3 
21 
48 
18 
17 

732 
839 

1 

33.1 8 
1.65 

168.59 
59.66 
28.61 

39.49 
2.03 
43.35 

136.37 

43.09 
2.1 5 

21 8.98 
77.49 
37.1 6 

51.29 

2025 

3 
20 
48 
22 
20 

71 6 
829 

-1 

33.27 
1.66 

70.96 
60.14 
28.34 

39.70 
2.04 
43.53 

138.51 

43.95 
2.1 9 

225.82 
79.44 
37.43 

52.44 

2026 

3 
20 
48 
25 
23 

699 
81 8 

3 

33.24 
1.66 

170.98 
60.06 
27.96 

39.69 
2.04 
43.40 

138.23 

44.68 
2.23 

229.78 
80.71 
37.57 

53.34 

2027 

3 
20 
47 
29 
27 

675 
801 

0 

33.06 
1.65 

171.68 
59.63 
28.1 8 

39.29 
2.02 
42.98 

138.57 

45.23 
2.26 

234.89 
81.58 
38.56 

53.75 

2028 

3 
19 
47 
33 
31 

647 
779 

1 

32.95 
1.65 

171.91 
59.62 
28.58 

39.1 4 
2.02 
42.83 

142.78 

45.92 
2.30 

239.58 
83.09 
39.84 

54.55 
2.77 2.81 

2029 

3 
19 
47 
37 
34 

61 9 
760 

0 

33.00 
1.65 

172.41 
59.1 2 
28.78 

38.86 
2.00 
42.54 

142.62 

46.87 
2.35 

244.85 
83.96 
40.88 

55.19 
2.84 

2030 

3 
19 
47 
41 
38 

582 
731 

0 

32.93 
1.65 

172.34 
58.43 
28.20 

38.28 
1.97 
41.94 

142.1 3 

47.63 
2.39 

249.31 
84.53 
40.80 

55.38 
2.85 

2031 

3 
18 
47 
46 
43 

542 
699 

-2 

32.59 
1.64 

173.38 
57.87 
27.47 

37.58 
1.94 
41.26 

142.60 

48.03 
2.42 

255.54 
85.30 
40.49 

55.39 
2.86 

2032 

3 
18 
47 
51 
48 

51 0 
676 

1 

31.92 
1.61 

173.72 
57.60 
27.1 7 

36.88 
1.91 
40.58 

141.15 

47.98 
2.43 

261 .I 1 
86.57 
40.83 

55.43 
2.87 

2033 

3 
18 
46 
56 
53 

502 
679 

1 

31.39 
I .59 

173.43 
57.40 
27.15 

36.73 
1.90 
40.21 

132.1 7 

48.1 2 
2.44 

265.89 
88.01 
41.63 

56.31 
2.92 

2034 

3 
17 
46 
61 
57 

538 
723 

-1 

30.53 
1.55 

173.02 
58.59 
27.90 

37.49 
1.94 
40.57 

133.83 

47.76 
2.43 

270.69 
91.67 
43.64 

58.66 
3.04 

2035 

3 
17 
46 
66 
62 

528 
722 

2 

30.1 3 
1.54 

172.1 0 
59.59 
29.03 

37.91 
1.96 
40.91 

127.65 

48.10 
2.45 

274.74 
95.1 3 
46.35 

60.51 
3.12 

-0.2% 
0.4% 
0.1% - -  

- -  
-2.2% 
-1.2% 

_ _  

-0.4% 
-0.3% 

0.7% 
-0.3% - -  
-0.5% 
-0.4% 
-0.5% 
0.9% 

1.4% 
1.5% 

2.5% 
1.5% _ _  
1.3% 
1.4% 2.53 2.59 2.63 2.69 2.74 
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B I C I D I E I F G H I 

8 Exports YO/ 

J K L M N 0 P 

97.68 101.44 131.08 129.89 130.64 134.23 134.20 134.12 133.78 138.80 147.26 154.92 160.39 167.97 

I cesbingbk.dlOO6ll a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 2017 201 8 201 9 2020 2021 

2247 
2248 
2249 

- 
- 
- - 2250 16. Renewable Energy Generating Capacity and Generation 
- 2251 (gigawatts, unless otherwise noted) 

2253 Electricity and Nonelectric 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 
2252 - 

221 7 
2218 I /  Includes anthracite, bituminous coal, subbituminous coal, and lignite. 
221 9 2/ Includes waste coal consumed by the electric power and industrial sectors. Waste coal supplied is counted 
2220 as a supply-side item to balance the same amount of waste coal included in the consumption data. 
2221 3/ Excludes imports to Puerto Rico and the US. Virgin Islands. 

2222 - 4/ Production plus waste coal supplied plus net imports. 
- 2223 5/ Includes consumption for combined heat and power plants, except those plants whose primary business is to 
2224 sell electricity, or electricity and heat, to the public. Excludes all coal use in the coal-to-liquids process. 
2225 6/ Includes all electricity-only and combined heat and power plants whose primary business is to sell 
2226 electricity, or electricity and heat, to the public. 
2227 7/ Balancing item: the sum of production, net imports, and waste coal supplied minus total consumption. 
2228 8/ Includes reported prices for both open market and captive mines. 
2229 9/ Prices weighted by consumption; weighted average excludes residential and commercial 
2230 prices, and export free-alongside-ship (f.a.s.) prices. 
2231 101 F.a.s. price at US. port of exit. 

- - = Not applicable. 
2233 Btu = British thermal unit. 
2234 Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 
2235 are model results and may differ slightly from official EIA data reports. 
2236 Sources: 2008 and 2009 data based on: US. Energy Information Administration (EIA), 
2237 Annual Coal Report 2009, DOE/EIA-0584(2009) (Washington, DC, October 2010); EIA, 
2238 Quarterly Coal Report, October-December 2009, DOE/EIA-O121(2009/4Q) (Washington, DC, April 201 0); and EIA, 
,2239 AE02011 National Energy Modeling System run 
12240 cesbingbk.dlOO611 a. Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dl00611 a. 

- 
- 
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Page I 1  2 

2243 
2244 
2245 
2246 
2247 
2248 
2249 
2250 
2251 
2252 2009 
2253 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034 2035 203! 

- 



2269 
2270 
2271 
2272 
2273 
2274 
2275 
2276 
2277 
2278 
2279 

~ c e s b i  

, I  

Geothermal 2/ 
Biogenic Municipal Waste 6/ 
Wood and Other Biomass 

Dedicated Plants 
Cofiring 

Solar Thermal 
Solar Photovoltaic 5/ 
Wind 
Offshore Wind 
Total 

2021 I ngbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 

2280 End-Use Generators 7/ 
2281 Net Summer Capacity 
2282 Conventional Hydropower 8/ 
2283 Geothermal 
2284 Municipal Waste 9/ 
2285 Biomass 
2286 Solar Photovoltaic 5/ 

- 

2255 Electric Power Sector I /  
2256 Net Summer Capacity 
2257 Conventional Hydropower w 2258 Geothermal 2/ 

2290 
2291 
2292 

76.87 
2.42 
3.37 
2.1 9 
0.53 
0.05 

24.89 
0.00 

1 10.31 

Generation (billion kilowatthours) 
Conventional Hydropower 8/ 
Geothermal 

76.87 
2.42 
3.37 
2.1 9 
0.61 
0.07 

31.45 
0.00 

1 16.98 

76.87 
2.41 
3.37 
2.19 
0.61 
0.08 

37.49 
0.00 

123.02 

76.83 
2.41 
3.37 
2.1 9 
0.74 
0.1 0 

42.82 
0.00 

128.45 

76.82 76.82 
2.68 2.91 
3.37 3.37 
2.19 2.1 9 
I .oo I .25 
0.1 1 0.13 

59.61 62.59 
0.00 0.00 

145.78 149.26 

78.16 
2.91 
3.37 
2.19 
1.25 
0.15 

62.59 
0.20 

150.82 

78.63 
2.91 
3.37 
2.19 
1.26 
0.1 6 

62.59 
0.20 

151.30 

78.88 
2.91 
3.37 
2.19 
1.26 
0.18 

62.65 
0.20 

151.63 

78.88 
2.91 
3.37 
2.19 
1.27 
0.19 

63.49 
0.20 

152.49 

78.88 
2.91 
3.37 
2.19 
I .27 
0.21 

63.49 
0.20 

152.51 

78.88 
2.91 
3.37 
2.1 9 
1.27 
0.22 

63.49 
0.20 

152.53 

78.88 
3.09 
3.37 
2.1 9 
1.28 
0.24 

63.49 
0.20 

152.73 

78.88 
3.09 
3.37 
2.1 9 
1.28 
0.26 

63.49 
0.20 

152.76 

306.64 
22.36 
14.80 

197.37 
1 1.61 

185.76 
2.53 
0.63 

188.65 
0.75 

733.73 

0.71 
0.00 
0.30 

10.32 
9.19 
1.68 

22.20 

3.49 
0.00 

Municipal Waste 3/ 

2262 Solar Photovoltaic 5/ ~1 w i r e w i n d  

Generation (billion kilowatthours) 
Conventional HvdroDower 253.09 

14.95 
15.68 
10.46 
8.58 
1.88 
0.83 
0.04 

55.42 
0.00 

350.47 

270.20 
15.21 
16.39 
10.39 
8.73 
1.66 
0.76 
0.04 

70.82 
0.00 

383.82 

240.02 
16.91 
14.80 
9.17 
7.37 
1.81 
1.13 
0.20 

91.25 
0.00 

373.48 

258.36 
16.91 
14.80 
8.36 
6.62 
I .74 
I .22 
0.22 

109.94 
0.00 

409.80 

266.94 274.29 
18.84 20.66 
14.80 14.80 
13.18 18.58 
5.61 5.29 
7.57 13.29 
1.59 2.30 
0.27 0.31 

176.90 186.06 
0.00 0.00 

492.51 517.00 

287.98 
20.86 
14.80 
24.67 
4.97 

19.69 
2.48 
0.35 

186.06 
0.25 

537.43 

297.94 
20.86 
14.80 
59.41 
12.17 
47.24 
2.49 
0.39 

186.06 
0.75 

582.69 

306.58 
20.86 
14.80 
92.45 
11.97 
80.48 
2.49 
0.42 

186.23 
0.75 

624.59 

306.60 
20.86 
14.80 

153.23 
11.36 

141.87 
2.50 
0.46 

188.63 
0.75 

687.83 

306.61 
20.86 
14.80 

172.21 
1 1.21 

161 .OO 
2.51 
0.50 

188.65 
0.75 

706.89 

306.63 
20.87 
14.80 

182.32 
11.58 

170.74 
2.51 
0.54 

188.65 
0.75 

71 7.06 

279.27 
22.36 
14.80 

190.87 
12.37 

178.50 
2.52 
0.58 

188.65 
0.75 

699.80 

0.71 
0.00 
0.29 
4.86 
0.77 
0.08 
6.70 

0.71 
0.00 
0.30 
4.86 
1.50 
0.18 
7.55 

0.71 
0.00 
0.30 
5.37 
2.26 
0.38 
9.02 

0.71 
0.00 
0.30 
5.80 
3.48 
0.70 

10.98 

0.71 0.71 
0.00 0.00 
0.30 0.30 
6.28 6.75 
4.62 5.54 
0.90 I .07 

12.81 14.38 

0.71 
0.00 
0.30 
6.81 
6.49 
1.22 

15.54 

0.71 
0.00 
0.30 
7.13 
7.67 
1.44 

17.26 

0.71 
0.00 
0.30 
7.29 
8.95 
1.67 

18.93 

0.71 
0.00 
0.30 
7.73 
8.98 
1.67 

19.40 

0.71 
0.00 
0.30 
8.12 
9.02 
1.67 

19.82 

0.71 
0.00 
0.30 
8.61 
9.06 
1.67 

20.36 

0.71 
0.00 
0.30 
9.37 
9.1 2 
1.67 

21.17 

3.49 3.49 
0.00 0.00 

3.49 
0.00 

3.49 
0.00 

3.49 
0.00 

3.49 
0.00 

3.49 
0.00 

3.49 
0.00 

3.33 
0.00 

3.34 
0.00 

3.49 
0.00 

3.49 
0.00 

3.49 
0.00 
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Q 
2022 

78.94 
3.09 
3.37 
2.19 
1.29 
0.28 

63.49 
0.20 

152.84 

306.90 
22.36 
14.80 

199.29 
11.95 

187.34 
2.54 
0.67 

188.65 
0.75 

735.97 

0.71 
0.00 
0.30 

11.44 
9.26 
1.68 
23.39 

3.49 

R S 
2023 

81.78 
3.31 
3.37 
2.1 9 
1.29 
0.29 

66.92 
0.20 

159.34 

31 8.00 
24.07 
14.80 

198.1 3 
11.68 

186.45 
2.55 
0.72 

200.72 
0.75 

759.73 

0.71 
0.00 
0.30 

12.61 
9.34 
I .68 
24.65 

3.49 

2024 

81.80 
3.55 
3.37 
2.1 9 
1.30 
0.31 

70.86 
0.20 

163.58 

318.12 
26.04 
14.80 

198.96 
11.96 

187.00 
2.55 
0.76 

21 4.37 
0.75 

776.35 

0.71 
0.00 
0.30 

13.77 
9.44 
1.69 
25.92 

3.49 

2025 

81.80 
3.83 
3.37 
2.19 
1.30 
0.33 

75.40 
0.20 

168.42 

318.13 
28.31 
14.80 

199.76 
12.16 

187.60 
2.56 
0.81 

230.07 
0.75 

795.1 9 

0.71 
0.00 
0.30 

14.97 
9.55 
1.70 
27.24 

3.49 

2026 

81.80 
4.12 
3.37 
2.1 9 
1.30 
0.35 

80.61 
0.20 

173.94 

318.14 
30.62 
14.80 

198.03 
12.31 

185.73 
2.57 
0.85 

247.49 
0.75 

81 3.25 

0.71 
0.00 
0.30 

15.92 
9.68 
1.71 
28.32 

3.49 

2027 

81.80 
4.44 
3.37 
2.19 
1.31 
0.36 

86.61 
0.20 

180.29 

31 8.1 5 
33.28 
14.80 

197.70 
12.30 

185.40 
2.58 
0.90 

265.22 
0.75 

833.38 

0.71 
0.00 
0.30 

16.91 
9.83 
1.73 
29.47 

3.49 

2028 

81.80 
4.82 
3.37 
2.1 9 
1.31 
0.38 

93.51 
0.20 

187.58 

31 8.1 6 
36.34 
14.80 

194.1 8 
12.46 

181.72 
2.59 
0.94 

288.1 7 
0.75 

855.93 

0.71 
0.00 
0.30 

17.41 
10.00 
1.74 
30.1 7 

3.49 
0.00 

2029 

81.82 
5.25 
3.37 
2.19 
1.32 
0.40 

101.44 
0.20 

195.98 

31 8.23 
39.86 
14.80 

189.36 
12.21 

177.1 5 
2.59 
0.98 

31 3.1 2 
0.75 

879.69 

0.71 
0.00 
0.30 

17.52 
10.1 9 
1.76 
30.47 

3.49 
0.00 

2030 

81.82 
5.61 
3.37 
2.1 9 
1.32 
0.42 

1 10.56 
0.20 

205.49 

31 8.24 
42.77 
14.80 

180.98 
12.55 

168.43 
2.60 
1.03 

337.32 
0.75 

898.49 

0.71 
0.00 
0.30 

17.48 
10.39 
1.77 
30.66 

3.49 
0.00 

2031 

81.82 
5.90 
3.37 
2.1 9 
1.33 
0.43 

1 12.92 
0.20 

208.1 4 

31 8.25 
45.09 
14.80 

169.49 
12.74 

156.75 
2.61 
1.06 

344.1 9 
0.75 

896.23 

0.71 
0.00 
0.30 

17.59 
10.55 
1.79 
30.95 

3.49 
0.00 

2032 

81.82 
6.06 
3.37 
2.1 9 
1.33 
0.44 

11 2.92 
0.20 

208.32 

31 8.26 
46.43 
14.80 

154.56 
12.71 

141.85 
2.62 
1.09 

344.21 
0.75 

882.72 

0.71 
0.00 
0.30 

17.70 
10.72 

1.81 
31.24 

3.49 
0.00 

2033 

81.82 
6.1 6 
3.37 
2.1 9 
1.34 
0.45 

1 12.92 
0.20 

208.44 

31 7.58 
47.25 
14.80 

157.02 
12.74 

144.29 
2.64 
1.11 

344.21 
0.75 

885.37 

0.71 
0.00 
0.30 

17.81 
10.89 
1.84 
31.55 

3.49 

2034 

81.82 
6.30 
3.37 
2.1 9 
1.35 
0.46 

11 2.92 
0.20 

208.59 

31 7.59 
48.38 
14.80 

169.82 
12.95 

156.87 
2.65 
1.14 

344.21 
0.75 

899.33 

0.71 
0.00 
0.30 

17.92 
11.09 
1.87 
31.89 

3.49 

2035 

81.82 
6.41 
3.37 
2.1 9 
1.35 
1.39 

I1 3.96 
0.20 

21 0.69 

308.90 
49.33 
14.80 

168.81 
12.95 

155.86 
2.66 
3.72 

347.89 
0.75 

896.85 

0.71 
0.00 
0.30 

18.03 
11.32 
1.91 
32.27 

3.49 
122921 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
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0.2% 
3.8% 
0.0% 
0.0% 
3.1% 

12.0% 
5.1% 

2.3% 
- -  

0.5% 
4.6% 

-0.4% 
1 1.3% 
1.5% 

19.1% 
4.9% 

18.6% 
6.3% 

3.3% 
_ _  

0.0% 

0.0% 
5.2% 
8.1% 
9.4% 
5.7% 

- -  

0.2% _ _  



cesbingbk.dlOO611 a 
Municipal Waste 9/ 

122971 Total 

All Sectors 
Net Summ-r Capacity 
Conventional Hydropower 
Geothermal 
Municipal Waste 
Wood and Other Biomass 41 
Solar 51 
Wind 
Total 

Generation (billion kilowatthours) 
Conventional Hydropower 
Geothermal 
Municipal Waste 
Wood and Other Biomass 
Solar 5/ 
Wind 
Total 

2008 
1.94 

27.88 
1.22 
0.1 0 
34.47 

77.58 
2.42 
3.66 
7.04 
1.35 

24.96 
11 7.02 

256.42 
14.95 
17.62 
38.34 
2.08 

55.52 
384.94 

2009 
1.96 

27.88 
2.34 
0.24 
35.76 

77.57 
2.42 
3.67 
7.04 
2.18 

31.64 
124.53 

273.54 
15.21 
18.36 
38.27 
3.15 

71.06 
41 9.59 

201 0 
2.56 

30.88 
3.48 
0.50 
40.91 

77.57 
2.41 
3.67 
7.56 
2.95 

37.87 
132.04 

243.51 
16.91 
17.36 
40.05 
4.82 

91.75 
41 4.39 

201 1 
2.56 

33.35 
5.35 
0.90 
45.65 

77.53 
2.41 
3.67 
7.98 
4.32 

43.52 
139.43 

261.85 
16.91 
17.36 
41.71 
6.79 

11 0.84 
455.46 

201 2 
2.56 

36.24 
7.08 
1.18 

50.55 

77.53 
2.68 
3.67 
8.47 
5.73 

60.51 
158.60 

270.43 
18.84 
17.36 
49.42 
8.94 

178.08 
543.07 

201 3 
2.56 

39.12 
8.52 
1.42 
55.1 1 

77.53 
2.91 
3.67 
8.94 
6.93 

63.67 
163.64 

277.78 
20.66 
17.36 
57.69 
11.13 

187.48 
572.1 1 

I /  Includes electricity-only and combined heat and power plants whose primary business is to sell electricity, 

2/ Includes both hydrothermal resources (hot water and steam) and near-field enhanced geothermal systems (EGS). Near-field EGS 
or electricity and heat, to the public. 

potential occurs on known hydrothermal sites, however this potential requires the addition of external fluids for electricity 
generation and is only available after 2025. 

to be for landfill gas facilities. All municipal waste is included, although a portion of the municipal 
waste stream contains petroleum-derived plastics and other non-renewable sources. 

3/ Includes municipal waste, landfill gas, and municipal sewage sludge. Incremental growth is assumed 

4/ Facilities co-firing biomass and coal are classified as coal. 
5/ Does not include off-grid photovoltaics (PV). Based on annual PV shipments from 1989 through 2008, EIA estimates 

that as much as 237 meaawatts of remote electricitv 

201 4 
2.56 

39.62 
10.03 
1.64 
57.34 

78.87 
2.91 
3.67 
9.00 
7.89 

64.02 
166.36 

291.46 
20.86 
17.36 
64.29 
12.85 

187.95 
594.77 

201 5 
2.56 

41.80 
11.91 
1.96 
61.72 

79.33 
2.91 
3.67 
9.32 
9.09 

64.24 
168.56 

301.43 
20.86 
17.36 

101.21 
14.78 

188.77 
644.41 

201 6 
2.56 

43.09 
13.95 
2.30 
65.38 

79.58 
2.91 
3.67 
9.48 

10.39 
64.53 

170.56 

31 0.07 
20.86 
17.36 

135.54 
16.87 

189.28 
689.97 

201 7 
2.56 

46.13 
14.00 
2.30 
68.48 

79.58 
2.91 
3.67 
9.92 

10.44 
65.36 

171.88 

31 0.08 
20.86 
17.36 

199.36 
16.96 

191.68 
756.31 

201 8 
2.56 

49.14 
14.06 
2.30 
71.55 

79.58 
2.91 
3.67 

10.31 
10.49 
65.36 

172.33 

310.10 
20.86 
17.36 

221.35 
17.07 

191.69 
778.43 

201 9 
2.56 

53.08 
14.14 
2.30 
75.57 

79.58 
2.91 
3.67 

10.79 
10.56 
65.36 

172.88 

31 0.1 1 
20.87 
17.36 

235.40 
17.20 

191.70 
792.64 

2020 
2.56 

59.08 
14.24 
2.30 
81.67 

79.58 
3.09 
3.67 

1 1.55 
10.64 
65.36 

173.91 

282.75 
22.36 
17.36 

249.95 
17.34 

191.70 
781.46 

2021 
2.56 

66.71 
14.34 
2.30 
89.41 

79.58 
3.09 
3.67 

12.51 
10.73 
65.37 

174.96 

31 0.1 3 
22.36 
17.36 

17.50 
191.70 
823.14 

264.08 

" 

123331generation PV applications (Le., off-grid power systems) were in service in 2008, plus an additional 550 megawatts in 
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Q 

2327 
2328 
2329 
2330 

R 
2022 
2.56 

75.63 
14.46 
2.30 
98.44 

79.65 
3.09 
3.67 

13.63 
10.82 
65.37 

176.23 

31 0.39 
22.36 
17.36 

274.92 
17.67 

191.71 
834.41 

2023 
2.56 

85.03 
14.60 
2.31 

107.99 

82.49 
3.31 
3.67 

14.80 
10.93 
68.80 

184.00 

321.49 
24.07 
17.36 

283.1 6 
17.86 

203.78 
867.72 

2024 
2.56 

94.32 
14.76 
2.32 

11 7.45 

82.51 
3.55 
3.67 

15.96 
11.05 
72.76 

189.50 

321.61 
26.04 
17.36 

293.28 
18.07 

21 7.44 
893.80 

2025 
2.56 

103.67 
14.94 
2.34 

127.00 

82.51 
3.83 
3.67 

17.1 5 
11.18 
77.30 

195.65 

321.62 
28.31 
17.36 

303.43 
18.31 

233.1 6 
922.1 9 

2026 
2.56 

1 10.83 
15.14 
2.35 

134.38 

82.51 
4.12 
3.67 

18.11 
1 1.33 
82.53 

202.26 

321.63 
30.62 
17.36 

18.56 
250.59 
947.63 

308.86 

2027 
2.56 

118.14 
15.39 
2.37 

141.95 

82.51 
4.44 
3.67 

19.09 
11.50 
88.54 

209.76 

321.64 
33.28 
17.36 

31 5.84 
18.86 

268.35 
975.33 

2028 
2.56 

121.90 
15.67 
2.39 

146.02 

82.51 
4.82 
3.67 

19.60 
1 I .70 
95.45 

21 7.75 

321.65 
36.34 
17.36 

31 6.08 
19.20 

291.32 
1001.95 

123331 

2029 
2.56 

122.65 
15.97 
2.42 

147.09 

82.52 
5.25 
3.67 

19.70 
11.91 

103.40 
226.46 

321.72 
39.86 
17.36 

31 2.00 
19.55 

31 6.29 
I 026.78 

2030 
2.56 

122.22 
16.30 
2.44 

147.02 

82.52 
5.61 
3.67 

19.67 
12.13 

11 2.54 
236.1 4 

321.73 
42.77 
17.36 

303.20 
19.93 

340.52 
1045.51 

2031 
2.56 

123.00 

2.47 
148.1 0 

I 6.58 

82.52 
5.90 
3.67 

19.77 
12.31 

114.91 
239.09 

321.74 
45.09 
17.36 

292.49 
20.25 

347.41 
1044.33 

2032 
2.56 

123.81 
16.86 
2.50 

149.22 

82.52 
6.06 
3.67 

19.88 
12.49 

11 4.93 
239.56 

321.75 
46.43 
17.36 

278.37 
20.57 

347.46 
1031.94 

2033 
2.56 

124.65 
17.1 5 
2.54 

150.39 

82.52 
6.1 6 
3.67 

20.00 
12.68 

11 4.96 
239.99 

321.07 
47.25 
17.36 

281.67 
20.90 

347.50 
1035.76 

2034 
2.56 

125.47 
17.48 
2.58 

151.58 

82.52 
6.30 
3.67 

20.1 1 
12.89 

1 14.99 
240.48 

321.08 
48.38 
17.36 

295.29 
21.26 

347.55 
1050.92 

2035 
2.56 

126.27 
17.87 
2.63 

152.83 

82.52 
6.41 
3.67 

20.22 
14.06 

I 16.07 
242.96 

31 2.39 
49.33 
17.36 

295.08 
24.24 

351.27 
I 049.68 

I .O% 
6.0% 
8.1 Yo 
9.6% 
5.7% 

0.2% 
3.8% 
0.0% 
4.1% 
7.4% 
5.1 yo 
2.6% 

0.5% 
4.6% 

-0.2% 
8.2% 
8.2% 
6.3% 
3.6% 
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B C D E F G H I J K L M N 0 P 
i 

2334 
- 2335 
- 2336 
2337 
- 2338 
2339 
2340 
2341 
- 2342 
2343 
- 2344 
2345 
2346 - 
2347 
2348 
2349 
2350 
- 2351 
2352 
2353 
2354 
2355 
2356 
2357 
2358 
2359 

- 
- 

- 
- 
- 
- 
- 

- 
- 
- 
- 

I I I I 1 I I I I 
cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 
communications, transportation, and assorted other 
non-grid-connected, specialized applications. See US. Energy Information Administration, Annual Energy Review 
2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0), Table 10.9 (annual PV shipments, 1989-2008). 
The approach used to develop the estimate, 
based on shipment data, provides an upper estimate of the size of the PV stock, including both grid-based and off-grid PV. 
It will overestimate the size of the stock, because 
shipments include a substantial number of units that are exported, and each year some of the PV units installed earlier 
will be retired from service or abandoned. 

6/ Includes biogenic municipal waste, landfill gas, and municipal sewage sludge. Incremental growth is assumed 
to be for landfill gas facilities. Only biogenic municipal waste is included. The US. Energy Information Administration 
estimates that in 2009 approximately 6 billion kilowatthours of electricity were generated from a municipal waste stream 
containing petroleum-derived plastics and other non-renewable sources. See US. Energy Information Administration, 
Methodology for Allocating Municipal Solid Waste to Biogenic and Nono-Biogenic Energy, (Washington, DC, May 2007). 

and small on-site generating systems in the residential, commercial, and industrial sectors used 
primarily for own-use generation, but which may also sell some power to the grid. 

71 Includes combined heat and power plants and electricity-only plants in the commercial and industrial sectors; 

8/ Represents own-use industrial hydroelectric power. 
9/ Includes municipal waste, landfill gas, and municipal sewage sludge. All municipal waste is included, although a portion 

- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 and 2009 capacity: US. Energy Information Administration (EIA), Form EIA-860, 

of the municipal waste stream contains petroleum-derived plastics and other non-renewable sources. 

are model results and may differ slightly from official EIA data reports. 

"Annual Electric Generator Report" (preliminary). 2008 and 2009 generation: EIA, 
Annual Energy Review 2009, DOE/EIA-0384(2009) (Washington, DC, August 201 0). 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO611 a. 

2369 
2370 
2371 
2372 
2373 
2374 
2375 
2376 

117. Renewable Energy Consumption by Sector and Source 
(quadrillion Btu, unless  otherwise noted) 
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I 

1-1 Sector and source 

B I C I D E I F I G H I I I J I K L I M N 0 I P 
cesbingbk.dlOO611 a 2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 

_ _ _ _  
2386 
2387 
2388 
2389 
2390 
239 1 
2392 
2393 
- 2394 
2395 
2396 
2397 
2398 
2399 
2400 
2401 

~ I M a r k e t e d  Renewable Energy I/ 

Industrial 2/ 
Conventional Hydroelectric 
Municipal Waste 31 
Biomass 
Biofuels Heat and Coproducts 

Transportation 
Ethanol used in E85 41 
Ethanol used in Gasoline Blending 
Biodiesel used in Distillate Blending 
Liquids from Biomass 
Renewable Diesel and Gasoline 51 

Electric Power 6/ 
Conventional Hydroelectric 
Geothermal 

123821 Residential (wood) 0.44 0.43 0.42 0.42 0.41 0.40 0.40 0.40 0.41 0.41 0.41 0.42 0.42 0.42 

0.1 1 0.1 1 0.1 1 0.1 1 0.1 1 0.1 1 0.1 1 0.1 1 0.1 1 

2.71 2.65 2.71 2.73 2.82 2.90 3.01 3.1 5 3.26 
0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 
0.18 0.1 8 0.18 0.18 0.18 0.1 8 0.1 8 0.18 0.1 8 
1.67 1.60 1.66 1.66 1.70 1.72 1.73 1.76 1.78 
0.83 0.84 0.85 0.86 0.91 0.97 1.06 1.18 1.27 

1.44 1.45 1.51 1.58 1.67 1.77 1.86 1.99 1.96 
0.00 0.01 0.01 0.01 0.07 0.12 0.1 6 0.21 0.1 3 
1.29 1.31 1.33 1.35 1.37 1.41 1.44 1.49 1.50 
0.14 0.13 0.1 5 0.18 0.1 9 0.19 0.20 0.20 0.20 
0.00 0.00 0.02 0.03 0.03 0.04 0.06 0.08 0.1 1 
0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.02 

~1 Commercial (biomass) 0.1 1 0.1 1 0.1 1 0.1 1 0.1 1 

2.50 
0.03 
0.1 6 
1.33 
0.98 

2.09 
0.03 
0.17 
1.22 
0.67 

2.22 
0.03 
0.18 
1.28 
0.74 

2.56 
0.03 
0.18 
1.41 
0.94 

2.56 
0.03 
0.1 8 
1.53 
0.81 

0.87 
0.00 
0.83 
0.04 
0.00 
0.00 

0.99 
0.00 
0.95 
0.04 
0.00 
0.00 

1.16 
0.00 
1.11 
0.04 
0.00 
0.01 

1.26 
0.00 
1 . I5  
0.09 
0.00 
0.01 

1.40 
0.00 
1.27 
0.12 
0.00 
0.01 

3.67 
2.49 
0.31 
0.09 
0.21 
0.1 3 
0.08 
0.01 
0.00 
0.55 

3.89 
2.66 
0.32 
0.09 
0.1 1 
0.12 

-0.01 
0.01 
0.00 
0.70 

3.85 
2.37 
0.36 
0.09 
0.12 
0.10 
0.02 
0.01 
0.00 
0.90 

4.20 
2.55 
0.36 
0.09 
0.1 1 
0.09 
0.02 
0.01 
0.00 
1.08 

5.05 
2.63 
0.41 
0.09 
0.15 
0.07 
0.08 
0.02 
0.00 
1.74 

5.32 
2.70 
0.47 
0.09 
0.20 
0.07 
0.13 
0.02 
0.00 
1.83 

5.52 
2.83 
0.47 
0.09 
0.26 
0.06 
0.20 
0.02 
0.00 
1.84 

6.02 
2.93 
0.47 
0.09 
0.66 
0.1 9 
0.47 
0.02 
0.00 
1.84 

6.44 
3.01 
0.47 
0.09 
0.99 
0.18 
0.81 
0.02 
0.00 
1.84 

7.08 
3.01 
0.47 
0.09 
1.60 
0.1 7 
1.43 
0.02 
0.00 
1.87 

7.27 
3.01 
0.47 
0.09 
1.79 
0.17 
1.62 
0.02 
0.00 
1.87 

7.37 
3.01 
0.47 
0.09 
1.90 
0.1 7 
1.72 
0.02 
0.01 
1.87 

7.25 
2.74 
0.52 
0.09 
2.00 
0.19 
1.81 
0.02 
0.01 
I .87 

7.58 
3.01 
0.52 
0.09 
2.05 
0.18 
1.88 
0.02 
0.01 
1.87 

Biogenic Municipal Waste 71 

7.58 7.51 7.76 8.54 9.52 Energy 9.99 10.1 4 10.76 11.27 12.09 12.46 12.77 12.91 13.32 

0.78 0.93 1.11 1 .I5 1.24 1.26 1.26 1.24 1.24 1.27 1.30 1.35 1.40 1.34 
0.00 0.00 0.00 0.00 0.00 0.01 0.01 0.01 0.02 0.04 0.06 0.1 0 0.15 0.22 
0.04 0.02 0.00 0.01 0.03 0.03 0.04 0.07 0.10 0.13 0.1 6 0.14 0.14 0.07 
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Q 
2034 

2034 

0.42 

0.1 1 

4.52 
0.03 
0.1 8 
1.81 
2.50 

3.70 
0.74 
1.55 
0.25 
1.13 
0.02 

9.79 
3.1 2 
1.30 
0.09 
1.84 
0.20 
1.63 
0.03 
0.01 
3.40 

18.53 

1.51 
0.47 

R 

0.32 L 0.21 0.22 12.2% 
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2022 

2022 

0.42 

0.1 1 

3.38 
0.03 
0.18 
1.80 
1.37 

2.1 7 
0.27 
1.49 
0.24 
0.15 
0.02 

7.60 
3.02 
0.52 
0.09 
2.08 
0.18 
1.89 
0.03 
0.01 
1.87 

13.68 

1.29 
0.29 
0.1 7 

2023 

2023 

0.42 

0.1 1 

3.56 
0.03 
0.18 
1.81 
1.54 

2.33 
0.39 
1.47 
0.24 
0.21 
0.02 

7.86 
3.13 
0.57 
0.09 
2.06 
0.1 8 
I .88 
0.03 
0.01 
1.99 

14.29 

1.31 
0.37 
0.1 8 

2024 

2024 

0.42 

0.1 1 

3.76 
0.03 
0.1 8 
1.81 
1.73 

2.53 
0.53 
1.46 
0.24 
0.29 
0.02 

8.07 
3.1 3 
0.63 
0.09 
2.07 
0.18 
1.89 
0.03 
0.01 
2.1 2 

14.90 

1.37 
0.43 
0.19 

2025 

2025 

0.42 

0.1 1 

3.92 
0.03 
0.1 8 
1.83 
1.88 

2.69 
0.61 
1.45 
0.24 
0.38 
0.02 

8.30 
3.1 3 
0.70 
0.09 
2.08 
0.1 9 
I .90 
0.03 
0.01 
2.27 

15.45 

1.38 
0.48 

2026 

2026 

0.42 

0.1 1 

4.03 
0.03 
0.1 8 
1.83 
I .99 

2.84 
0.71 
1.39 
0.24 
0.49 
0.02 

8.53 
3.1 3 
0.77 
0.09 
2.06 
0.19 
1.87 
0.03 
0.01 
2.45 

15.94 

1.39 
0.48 

2027 

2027 

0.42 

0.1 1 

4.1 3 
0.03 
0.1 8 
1.83 
2.09 

2.97 
0.64 
1.47 
0.24 
0.61 
0.02 

8.78 
3.1 3 
0.85 
0.09 
2.06 
0.1 9 
1.87 
0.03 
0.01 
2.62 

16.42 

1.38 
0.48 
0.24 

2028 

2028 

0.43 

0.1 1 

4.26 
0.03 
0.1 8 
1.82 
2.23 

3.20 
0.84 
1.38 
0.25 
0.71 
0.02 

9.06 
3.13 
0.94 
0.09 
2.02 
0.1 9 
1.83 
0.03 
0.01 
2.85 

17.06 

1.48 
0.48 
0.26 

2029 

2029 

0.42 

0.1 1 

4.30 
0.03 
0.1 8 
1.82 
2.26 

3.27 
0.76 
1.47 
0.23 
0.79 
0.02 

9.36 
3.13 
1.04 
0.09 
1.97 
0.1 9 
1.79 
0.03 
0.01 
3.09 

17.46 

1.46 
0.48 
0.29 

2030 

2030 

0.42 

0.1 1 

4.34 
0.03 
0.18 
1.83 
2.30 

3.37 
0.73 
1.50 
0.25 
0.88 
0.02 

9.61 
3.1 3 
1.13 
0.09 
1.89 
0.1 9 
1.70 
0.03 
0.01 
3.33 

17.85 

1.47 
0.47 
0.29 

2031 

2031 

0.42 

0.1 1 

4.37 
0.03 
0.18 
1.82 
2.34 

3.46 
0.75 
1.50 
0.25 
0.94 
0.02 

9.64 
3.1 3 
1.20 
0.09 
1.78 
0.20 
1.58 
0.03 
0.01 
3.40 

18.00 

1.47 
0.47 
0.31 

2032 

2032 

0.42 

0.1 1 

4.38 
0.03 
0.1 8 
1.81 
2.36 

3.50 
0.76 
1.51 
0.25 
0.97 
0.02 

9.53 
3.1 3 
1.24 
0.09 
1.64 
0.20 
1.44 
0.03 
0.01 
3.40 

17.95 

1.47 
0.47 
0.33 

2033 

2033 

0.42 

0.1 1 

4.48 
0.03 
0.1 8 
1.81 
2.46 

3.65 
0.74 
1.55 
0.25 
1.09 
0.02 

9.59 
3.12 
1.27 
0.09 
1.68 
0.20 
1.48 
0.03 
0.01 
3.40 

18.25 

1.50 
0.47 
0.33 

2035 

2035 

0.42 

0.1 1 

4.52 
0.03 
0.18 
1.80 
2.51 

3.72 
0.74 
1.56 
0.25 
1.14 
0.02 

9.83 
3.04 
1.33 
0.09 
1.88 
0.20 
1.68 
0.03 
0.04 
3.44 

18.61 

1.51 
0.47 
0.33 

2009- 
2035 

-0.1 % 

0.0% 

3.0% 
0.0% 
0.1 Yo 
1.5% 
5.2% 

5.2% 
25.9% 

1.9% 
7.2% - -  

- -  
3.6% 
0.5% 
5.6% 
0.0% 

11.6% 
2.0% 

4.9% 
18.6% 
6.3% 

_ _  

3.6% 

1.9% 
48.5% 



2443 
2444 
2445 
2446 
2447 
2448 
2449 
2450 
2451 
2452 
2453 
2454 
2455 

cesbingbk.dl0061 l a  
Total U.S. Supply of Ethanol 

Total 

I /  Includes nonelectric renewable energy groups for which the energy source is bought and sold in the 
marketplace, although all transactions may not necessarily be marketed, and marketed renewable energy 
inputs for electricity entering the marketplace on the electric power grid. Excludes electricity imports; see Table 2. 

2/ Includes all electricity production by industrial and other combined heat and power for the grid and for own use. 
3/ Includes municipal waste, landfill gas, and municipal sewage sludge. All municipal waste is included, although a 

4/ Excludes motor gasoline component of E85. 
5/ Renewable feedstocks for the on-site production of diesel and gasoline. 
6/ Includes consumption of energy by electricity-only and combined heat and power plants whose primary business is to 

sell electricity, or electricity and heat, to the public. Includes small power producers and exempt wholesale generators. 
7/ Includes biogenic municipal waste, landfill gas, and municipal sewage sludge. Incremental growth is assumed 

to be for landfill gas facilities. Only biogenic municipal waste is included. The US.  Energy Information Administration 
estimates that in 2009 aooroxirnatelv .3 auadrillion Btus were consumed from a municioal waste stream 

portion of the municipal waste stream contains petroleum-derived plastics and other non-renewable sources. 

Nonmarketed Renewable Energy 
Selected Consumption 8/ 

Residential 
Solar Hot Water Heating 
Geothermal Heat Pumps 
Solar Photovoltaic 
Wind 

Commercial 
Solar Thermal 
Solar Photovoltaic 
Wind 

2008 
0.83 

0.08 
0.00 
0.00 

-0.05 
0.04 

0.01 
0.00 
0.00 
0.00 
0.00 

0.03 
0.02 
0.00 
0.00 

2009 
0.95 

0.06 
0.00 
0.00 

-0.02 
0.04 

0.01 
0.00 
0.01 
0.00 
0.00 

0.03 
0.03 
0.00 
0.00 

201 0 
1.11 

0.05 
0.00 
0.01 
-0.01 
0.04 

0.02 
0.00 
0.01 
0.01 
0.00 

0.03 
0.03 
0.00 
0.00 

201 1 
1.16 

0.08 
0.01 
0.01 

-0.01 
0.09 

0.03 
0.00 
0.01 
0.01 
0.00 

0.03 
0.03 
0.00 
0.00 

201 2 
1.27 

0.08 
0.01 
0.01 
0.02 
0.12 

0.04 
0.00 
0.01 
0.02 
0.00 

0.03 
0.03 
0.00 
0.00 

201 3 
1.29 

0.1 0 
0.01 
0.01 
0.01 
0.1 4 

0.05 
0.00 
0.02 
0.02 
0.00 

0.03 
0.03 
0.00 
0.00 

201 4 
1.31 

0.10 
0.01 
0.01 
0.01 
0.1 3 

0.06 
0.00 
0.02 
0.03 
0.01 

0.03 
0.03 
0.00 
0.00 

201 5 
1.33 

0.10 
0.01 
0.03 
0.00 
0.1 5 

0.07 
0.00 
0.02 
0.04 
0.01 

0.03 
0.03 
0.00 
0.00 

201 6 
1.36 

0.13 
0.01 
0.04 
0.00 
0.18 

0.08 
0.00 
0.02 
0.04 
0.01 

0.03 
0.03 
0.01 
0.00 

201 7 
1.44 

0.13 
0.01 
0.04 
0.00 
0.1 9 

0.08 
0.00 
0.03 
0.04 
0.01 

0.03 
0.03 
0.01 
0.00 

201 8 
1.52 

0.13 
0.01 
0.04 
0.00 
0.1 9 

0.08 
0.00 
0.03 
0.04 
0.01 

0.03 
0.03 
0.01 
0.00 

201 9 
1.60 

0.14 
0.01 
0.04 
0.00 
0.20 

0.08 
0.00 
0.03 
0.04 
0.01 

0.03 
0.03 
0.01 
0.00 

2020 
1.69 

0.14 
0.01 
0.04 
0.01 
0.20 

0.09 
0.00 
0.03 
0.04 
0.01 

0.03 
0.03 
0.01 
0.00 

2021 
1.63 

0.14 
0.01 
0.04 
0.00 
0.20 

0.09 
0.00 
0.03 
0.04 
0.01 

0.03 
0.03 
0.01 
0.0c 

, I  

I24561containing petroleum-derived plastic’s and other non-renewable sources. See U.S. Energy Information Administration, 
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I Q I R S 
2022 
1.76 

0.1 8 
0.01 
0.05 
0.00 
0.24 

0.09 
0.00 
0.03 
0.04 
0.01 

0.03 
0.03 
0.01 
0.00 

T I U v W I X I Y Z I AA I AB I AC I AD I A €  
2023 
1.86 

0.18 
0.01 
0.05 
0.00 
0.24 

0.09 
0.00 
0.03 
0.04 
0.01 

0.04 
0.03 
0.01 
0.00 

2024 
1.99 

0.1 7 
0.01 
0.05 
0.00 
0.24 

0.09 
0.00 
0.04 
0.04 
0.01 

0.04 
0.03 
0.01 
0.00 

2025 
2.06 

0.1 7 
0.01 
0.05 
0.00 
0.24 

0.09 
0.00 
0.04 
0.04 
0.01 

0.04 
0.03 
0.01 
0.00 

2026 
2.09 

0.18 
0.01 
0.05 
0.00 
0.24 

0.09 
0.00 
0.04 
0.04 
0.01 

0.04 
0.03 
0.01 
0.00 

2027 
2.1 1 

0.17 
0.01 
0.05 
0.00 
0.24 

0.1 0 
0.00 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2028 
2.22 

0.1 8 
0.01 
0.06 
0.00 
0.25 

0.1 0 
0.00 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2029 
2.23 

0.17 
0.01 
0.06 
0.00 
0.23 

0.1 0 
0.01 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2030 
2.22 

0.18 
0.01 
0.06 
0.00 
0.25 

0.1 0 
0.01 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2031 
2.25 

0.1 9 
0.01 
0.06 
0.00 
0.25 

0.1 0 
0.01 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2032 
2.27 

0.18 
0.01 
0.06 
0.00 
0.25 

0.1 0 
0.01 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2033 
2.29 

0.1 8 
0.01 
0.06 
0.00 
0.25 

0.1 1 
0.01 
0.04 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2034 
2.30 

0.1 8 
0.01 
0.06 
0.00 
0.25 

0.1 1 
0.01 
0.05 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

2035 
2.31 

0.18 
0.01 
0.06 
0.00 
0.25 

0.1 1 
0.01 
0.05 
0.05 
0.01 

0.04 
0.03 
0.01 
0.00 

3.5% 

4.5% 
5.9% 

10.1% 

7.2% 
- -  

8.4% 
2.1% 
8.7% 
9.9% 

11.1% 

1.6% 
0.8% 
4.6% 
6.0% 
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" 
Methodology for Allocating Municipal Solid Waste to Biogenic and Non-Biogenic Energy, (Washington, DC, May 2007). 

directly or indirectly as an input to marketed energy. The US. Energy Information Administration does not 
estimate or project total consumption of nonmarketed renewable energy. 

8/ Includes selected renewable energy consumption data for which the energy is not bought or sold, either 

- - = Not applicable. 
Btu = British thermal unit. 
Note: Actual heat rates used to determine fuel consumption for all renewable fuels except hydropower, solar, and wind 

Consumption at hydroelectric, solar, and wind facilities determined by using the fossil fuel equivalent of 9,854 Btu per 
kilowatthour. Totals may not equal sum of components due to independent rounding. Data for 2008 and 
2009 are model results and may differ slightly from official EIA data reports. 

Annual Energy Review 2009, DOE/ElA-0384(2009) (Washington, DC, August 201 0). 2008 and 2009 
electric power sector: EIA, Form EIA-860, "Annual Electric Generator Report" (preliminary). Other 
2008 and 2009 values: EIA, Office of Integrated Analysis and Forecasting. 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dlOO611 a. 

Sources: 2008 and 2009 ethanol: US. Energy Information Administration (EIA), 

2486 
2487 
2488 
2489 
2490 
2491 
2492 
2493 
2494 
2495 
2496 
2497 

- 
- 

- 
- 
- 
- 

- 
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B 
cesbingbk.dlOO611 a 2008 2009 201 0 

18. Carbon Dioxide Emissions by Sector and Source 
(million metric tons carbon dioxide equivalent, unless otherwise noted) 

Sector and Source 

Residential 
Petroleum 
Natural Gas 
Coal 
Electricity I / 
Total 

Commercial 
Petroleum 
Natural Gas 
Coal 
Electricity I / 
Total 

Industrial 21 
Petroleum 
Natural Gas 3/ 
Coal 
Electricity 1 / 
Total 

Transportation 
Petroleum 4/ 
Natural Gas 5/ 
Electricity 1 / 
Total 

Electric Power 6/ 
Petroleum 
Natural Gas 
Coal 

2008 

85 
266 

I 
878 
1229 

46 
171 

7 
850 
1074 

376 
407 
173 
642 
1598 

1896 
37 
4 

1937 

40 
362 

1959 

2009 

83 
259 

1 
824 
1166 

44 
169 

6 
800 
1018 

343 
383 
128 
533 
1387 

1816 
34 
4 

1854 

34 
373 

1742 
12 

201 0 

78 
260 

1 
898 
1237 

39 
169 

6 
833 
1046 

366 
41 2 
149 
579 
1505 

1824 
37 
4 

1865 

35 
398 

1869 
12 

201 1 

201 1 

79 
259 

1 
81 9 
1159 

39 
175 

6 
81 9 
1039 

373 
431 
149 
588 
1542 

1834 
36 
4 

1874 

34 
374 

1810 
12 

201 2 

201 2 

77 
261 

1 
806 
1144 

40 
177 

6 
806 
1028 

403 
443 
150 
588 
1584 

1845 
36 
4 

1885 

34 
337 

1820 
12 

201 3 

201 3 

75 
262 

1 
779 
1117 

39 
180 

6 
797 
1021 

41 0 
465 
154 
602 
1631 

1869 
36 
4 

1910 

34 
338 

1797 
12 

201 4 

201 4 

74 
263 

1 
766 
1104 

39 
183 

6 
794 
1022 

41 0 
474 
153 
589 
1626 

1874 
37 
4 

1915 

34 
343 

1766 
12 

201 5 

201 5 

73 
261 

1 
686 
1021 

39 
182 

6 
722 
949 

41 5 
476 
160 
528 
1579 

1873 
39 
4 

1916 

34 
455 

1440 
12 

201 6 

201 6 

72 
260 

1 
694 
1028 

39 
182 

6 
737 
964 

41 1 
474 
159 
528 
1571 

1874 
38 
4 

1917 

34 
434 

1484 
12 

201 7 

201 7 

71 
259 

1 
678 
1009 

38 
182 

6 
728 
954 

409 
475 
159 
51 5 
1558 

1873 
38 
4 

1916 

34 
438 

1440 
12 

201 8 

201 8 

70 
259 

1 
670 
1000 

38 
183 

6 
725 
952 

407 
477 
159 
506 
1549 

1872 
39 
5 

1915 

34 
453 

1407 
12 

201 9 

201 9 

69 
260 

1 
667 
996 

38 
185 

6 
726 
955 

405 
479 
159 
500 
1543 

1871 
39 
5 

1915 

34 
466 

1386 
12 

2020 

2020 

68 
261 

1 
678 
1007 

38 
185 

6 
742 
971 

404 
480 
160 
506 
1550 

1870 
40 
5 

1915 

34 
471 

1414 
12 

2021 

2021 

67 
26C 

1 
671 
998 

3e 
18E 

E 
74c 
969 

404 
47: 
161 
497 
1544 

1881 
4c 

1921. 
C 

3L 
471 

139E 
1; 
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2022 

2022 

66 
260 

1 
675 
1002 

38 
186 

6 
747 
977 

404 
477 
I64 
494 
1539 

1876 
41 

5 
1922 

34 
480 

1395 
12 

2023 

2023 

65 
260 

1 
664 
990 

38 
187 

6 
738 
969 

403 
477 
172 
480 
1532 

1875 
41 

6 
1922 

34 
484 

1359 
12 

2024 

2024 

65 
261 

1 
658 
985 

38 
188 

6 
734 
965 

403 
476 
176 
469 
1524 

1874 
41 

6 
1921 

34 
482 

1340 
12 

2025 

2025 

64 
261 

1 
649 
974 

38 
189 

6 
729 
961 

402 
477 
180 
457 
1515 

1880 
42 

6 
1928 

34 
483 

1311 
12 

2026 

2026 

63 
261 

1 
640 
964 

37 
190 

6 
722 
955 

401 
478 
184 
442 
1504 

1885 
42 

6 
1933 

34 
487 

1277 

2027 

2027 

62 
261 

1 
626 
950 

37 
192 

6 
709 
944 

400 
479 
189 
423 
1491 

1899 
42 

6 
1947 

34 
493 

1227 

2028 

2028 

62 
262 

1 
61 0 
934 

37 
193 

6 
693 
929 

398 
483 
195 
402 

1 478 

1898 
43 
7 

1947 

34 
499 

1168 

2029 

2029 

61 
261 

1 
592 
91 4 

37 
195 

6 
676 
91 4 

398 
485 
200 
382 
1465 

1912 
43 

7 
1962 

34 
499 

1112 

2030 

2030 

61 
261 

1 
569 
891 

37 
197 

6 
653 
893 

398 
490 
207 
360 
1455 

1931 
44 

7 
1982 

33 
51 2 

1031 

2031 

203 

60 
260 

1 
546 
868 

37 
199 

6 
630 
872 

399 
493 
21 3 
338 
1444 

1947 
45 

7 
1998 

33 
536 
939 

2032 

2032 

60 
261 

1 
523 
845 

37 
200 

6 
605 
849 

399 
496 
220 
31 6 
1431 

1961 
45 

7 
201 3 

33 
554 
851 

2033 

2033 

59 
259 

1 
51 6 
835 

37 
202 

6 
600 
845 

399 
499 
227 
306 
1431 

1975 
46 

7 
2028 

33 
58 1 
802 

2034 

2034 

59 
258 

0 
531 
848 

37 
203 

6 
620 
866 

40 1 
500 
233 
309 
1443 

1992 
47 

7 
2046 

33 
604 
81 8 

2035 

2035 

58 
258 

0 
51 8 
835 

37 
205 

6 
606 
855 

400 
503 
240 
297 
1440 

2009 
50 
7 

2066 

33 
651 
732 

2009 
203! 

-1.39 
0.09 

-1 .I9 
-1.89 
-1.39 

-0.69 
0.89 
0.09 

-1.19 
-0.79 

0.69 
1.19 
2.49 

-2.29 
0.1 9 

0.49 
1.59 
2.27 
0.49 

0.07 
2.27 

-3.39 
12 I 12 12 12 12 12 12 12 12 12 0.09 
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I 
v 

2374 21 60 231 4 2230 2204 21 82 

2444 231 9 2343 2360 2399 2428 
1243 1218 1275 1276 1253 1281 
21 39 1877 2023 1966 1977 1958 

12 12 12 12 12 12 
5838 5426 5654 561 3 5641 5679 

(tons carbon dioxide 
19.1 17.6 18.2 17.9 17.8 17.8 

B C I D I E I F I G H I I J I K I L M I N I 0 P 
cesbinabk.dl0061 la 2008 2009 201 0 201 1 201 2 201 3 

1/ Emissions from the electric power sector are distributed to the end-use sectors. 
2/ Fuel consumption includes energy for combined heat and power plants, except those plants whose primary business is to sell 

3/ Includes lease and plant fuel. 
4/ This includes carbon dioxide from international bunker fuels, both civilian and military, which are excluded from the 

electricity, or electricity and heat, to the public. 

accounting of carbon dioxide emissions under the United Nations convention. From 1990 through 2009, 
international bunker fuels accounted for 86 to 130 million metric tons annually. 

5/ Includes pipeline fuel natural gas and compressed natural gas used as vehicle fuel. 
6/ Includes electricity-only and combined heat and power plants whose primary business is to sell electricity, 

7/ Includes emissions from geothermal power and nonbiogenic emissions from municipal waste. 
- - = Not applicable. 
Note: By convention, the direct emissions from biogenic energy sources are excluded from energy-related C02 emissions. The release 

or electricity and heat, to the public. 

of carbon from these sources is assumed to be balanced by the uptake of carbon when the feedstock is grown, resulting in zero net 
emissions over some period of time. If, however, increased use of biomass energy results in a decline in terrestrial 
carbon stocks, a net positive release of carbon may occur. See "Energy-Related Carbon Dioxide Emissions by End Use" for the emissions 
from biogenic energy sources as an indication of the potential net release of carbon dioxide in the absence of offsetting sequestration. 
Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 
are model results and may differ slightly from official EIA data reports. 

(EIA), Emissions of Greenhouse Gases in the United States 2009, DOE/EIA-0573(2009) (Washington, DC, December 2010). 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.dl00611 a. 

Sources: 2008 and 2009 emissions and emission factors: US. Energy Information Administration 

201 4 
21 54 

2431 
1299 
1925 

12 
5667 

17.5 

201 5 201 6 
1941 1964 

2434 2430 

1606 1650 
12 12 

5466 5479 

1414 I 388 

16.8 16.6 

201 7 
1925 

2425 
1393 
1606 

12 
5437 

16.4 

201 8 201 9 2020 2021 
1906 1898 1931 1913 

2420 241 6 241 3 2424 
1411 1429 1437 143E 
1573 1552 1580 1564 

12 12 12 l i  
541 6 5409 5443 5435 

16.1 16.0 15.9 15.7 
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I I I X I Y I Z I AA 1 AB I AC I AD I A €  Q R S T U v W 
2029 
1657 

2442 
1483 
1319 

12 
5256 

14.2 

2030 
1589 

246 1 
1503 
1245 

12 
5221 

14.0 

2031 2032 
1520 1451 

2477 2491 
1533 1557 
1159 1077 

12 12 
51 81 51 37 

13.7 13.5 

2033 
1429 

2504 
1588 
1035 

12 
51 39 

13.4 

2034 
1467 

2522 
1612 
1058 

12 
5204 

13.5 

2035 
1428 -1.6% 

2538 0.3% 
1667 1.2% 
978 -2.5% 

12 0.0% 
5195 -0.2% 

13.3 -1.1% 

2022 
1922 

241 8 
1444 
1566 

12 
5440 

15.6 

2023 
1888 

241 4 
1449 
1537 

12 
541 2 

15.4 

2024 
1867 

241 3 
1449 
1522 

12 
5395 

15.2 

2025 
1840 

241 7 
1451 
1497 

12 
5378 

15.0 

2026 
1810 

2420 
1458 
1467 

12 
5357 

14.8 

2027 
1765 

2432 
1466 
1422 

12 
5332 

14.6 

2028 
1712 

2429 
1479 
1368 

12 
5289 

14.4 
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I B I C I D 
I cesbingbk.dlOO611 a 

~ 

E I F G I H I I J I K I L M I N 0 I P 
2008 2009 201 0 

Space Heating 
Space Cooling 
Water Heating 
Refrigeration 
Cooking 
Clothes Dryers 
Freezers 

19. Energy-Related Carbon Dioxide Emissions by End Use 
(million metric tons carbon dioxide equivalent, unless otherwise noted) 

2008 2009 201 0 

292.69 279.59 281.60 
162.47 147.71 201.42 
164.41 160.31 162.97 
69.77 65.08 65.92 
32.95 32.03 32.76 
37.79 35.69 36.39 
14.84 13.90 14.15 

134.22 
6.31 

17.17 

25.69 127.95 
5.85 5.88 

16.09 16.41 1x1 Color Televisions and Set-Top Boxes 62.03 59.44 61.51 

201 1 

201 1 

278.52 
141.27 
162.49 
64.17 
32.71 
35.55 
13.85 

123.29 
5.66 

16.08 
60.12 

201 2 

201 2 

275.60 
140.1 9 
162.78 
62.42 
32.60 
35.05 
13.55 

11 9.50 
5.44 

15.72 
58.73 

201 3 

201 3 

275.07 
138.52 
161.97 
60.76 
32.41 
34.32 
13.25 

103.79 
5.23 

15.31 
56.88 

201 4 

201 4 

274.54 
137.03 
161.74 
59.14 
32.39 
33.76 
13.02 
97.19 
5.05 

15.04 
55.42 

201 5 

201 5 

267.79 
122.73 
152.99 
52.62 
30.73 
30.36 
11.70 
84.87 
4.45 

13.49 
49.34 

201 6 

201 6 

267.06 
123.57 
153.63 
52.79 
31.22 
30.41 
11.84 
84.38 
4.40 

13.65 
49.65 

201 7 

201 7 

263.97 
120.89 
151.30 
50.95 
30.93 
29.38 
1 I .51 
81.22 
4.17 

13.27 
48.22 

201 8 

201 8 

262.64 
11 9.52 
150.33 
49.84 
30.89 
28.74 
1 1.34 
79.47 
4.00 

13.09 
47.58 

201 9 

201 9 

261.74 
1 19.06 
149.82 
49.08 
30.93 
28.29 
11.25 
78.36 
3.87 

13.01 
47.31 

2020 

2020 

262.1 7 
121.20 
151.05 
49.56 
31.44 
28.50 
11.43 
76.69 
3.84 

13.28 
48.27 

2021 

2021 

260.1 8 
120.24 
149.61 
48.5s 
31.32 
27.95 
11.27 
74.2s 
3.72 

13.17 
47.81 

I261 71 Personal Computers and Related Equipm 32.1 7 31.33 32.42 32.00 30.53 29.18 28.52 25.1 9 25.52 24.80 24.48 24.29 24.70 24.42 
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Q 
2022 

2022 

259.48 
121.09 
149.46 
48.47 
31.54 
27.86 
1 1.30 
73.44 
3.69 

13.29 
48.1 9 

R 
2023 

2023 

257.95 
1 19.23 
147.74 
47.42 
31.38 
27.28 
11.10 
71.25 
3.61 

13.1 5 
47.56 

2024 

2024 

257.36 
1 17.90 
146.64 
46.85 
31.41 
26.95 
10.99 
69.81 
3.57 

13.12 
47.33 

2025 

2025 

255.32 
1 16.47 
144.53 
46.02 
31.24 
26.48 
10.81 
67.99 
3.53 

13.01 
46.76 

2026 

2026 

253.97 
1 14.79 
142.65 
45.31 
31.14 
26.1 1 
10.64 
66.37 
3.50 

12.91 
46.28 

2027 

2027 

252.39 
1 12.27 
140.19 
44.31 
30.90 
25.58 
10.39 
64.31 
3.43 

12.70 
45.43 

2028 

2028 

251.31 
109.1 1 
137.70 
43.25 
30.65 
25.02 
10.1 2 
62.17 
3.36 

12.47 
44.50 

2029 

2029 

248.93 
106.00 
134.39 
41.97 
30.22 
24.32 
9.80 

59.74 
3.26 

12.16 
43.31 

2030 

2030 

247.03 
102.00 
130.87 
40.42 
29.72 
23.50 
9.41 

57.00 
3.1 4 

1 1.77 
41.85 

2031 

2031 

244.95 
98.08 

127.23 
38.86 
29.20 
22.67 
9.02 

54.32 
3.02 

11.37 
40.32 

2032 

2032 

243.29 
93.91 

123.88 
37.37 
28.73 
21.86 
8.65 

51.76 
2.91 

10.97 
38.82 

2033 

2033 

240.99 
92.73 

121.51 
36.97 
28.60 
21.55 
8.53 

50.66 
2.87 

10.89 
38.39 

2034 

2034 

240.48 
95.31 

121 -59 
38.25 
29.1 5 
22.08 

8.80 
51.82 

2.97 
1 I .31 
39.65 

2035 

2035 

238.62 
92.77 

1 19.60 
37.55 
28.94 
21.61 

8.62 
50.28 
2.91 

11.13 
38.85 

2009. 
2035 

-0.6% 
-1.8% 
-1.1% 
-2.1% 
-0.4% 
-1.9% 
-1.8% 
-3.5% 
-2.6% 
-1.4% 
-1.6% 

24.43 23.98 23.79 23.43 23.1 1 22.62 22.1 0 21.45 20.65 19.82 19.01 18.76 19.35 18.93 -1.9% 

Page 130 



2021 
24.01 

161.77 
0.00 

998.31 

123.68 
77.38 
43.55 
85.54 
14.39 

154.25 
50.05 
26.80 
52.46 

341.03 
969.1 3 

284.37 
102.88 
88.05 

271.32 
22.07 
31.70 

100.95 
25.54 
41.20 
26.14 
37.87 
51.48 
8.12 

19.39 
35.95 

140.17 
1287.20 

Boiler Circulation Pum 25.57 
174.01 

2.85 

I 

2628 
2629 
2630 

Totai Residential 

Cooking 
Lighting 
Refriaeration 
Offici Equipment (PC) 
Office Equipment (non-PC) 

2642 

Refining 
Food Products 
Paper Products 
Bulk Chemicals 
Glass 
Cement Manufacturing 
Iron and Steel 
Aluminum 
Fabricated Metal Products 
Machinery 
Computers and Electronics 
Transportation Equipment 
Electrical Equipment 
Wood Products 
Plastics 
Balance of Manufacturing 
Total Manufacturing 

1229.24 

127.32 
92.96 
42.1 2 
92.45 
13.1 6 
94.26 
75.47 
41.33 
44.27 

350.35 
1073.69 

260.03 
107.1 0 
100.00 
282.56 
24.31 
36.59 

1 18.67 
31.20 
43.03 
26.22 
37.33 
52.06 
8.42 

19.15 
42.81 

159.82 
1349.30 

2009 
24.67 

165.1 0 
3.79 

166.29 

128.25 
85.69 
41.58 
89.19 
13.28 

182.83 
70.55 
38.12 
44.12 

324.34 
1017.96 

258.60 
102.49 
89.65 

263.05 
20.02 
28.55 
75.90 
30.81 
38.34 
22.37 
32.51 
45.42 
7.45 

17.64 
37.77 

143.04 
121 3.61 

201 0 
25.15 

172.86 
0.00 

1237.39 

127.75 
107.38 
42.22 
92.42 
13.73 

185.03 
70.82 
38.31 
47.37 

321.19 
1046.21 

266.36 
105.24 
94.70 

284.43 
19.68 
27.52 

106.18 
31.15 
40.54 
23.71 
35.65 
48.61 
8.03 

18.20 
41.61 

147.09 
1298.69 

201 1 
25.56 

167.47 
0.00 

11 58.74 

129.17 
92.59 
42.72 
92.35 
13.87 

181.38 
68.23 
36.14 
48.29 

334.13 
1038.86 

267.89 
105.46 
96.82 

290.17 
20.24 
27.39 

111.32 
30.87 
41.51 
26.03 
36.06 
53.38 
8.47 

20.80 
42.46 

149.05 
1327.92 

201 2 
25.31 

166.59 
0.00 

11 44.00 

127.57 
91.45 
42.98 
91.85 
13.96 

177.82 
65.51 
33.55 
48.28 

335.28 
1028.25 

281.84 
102.85 
99.58 

290.46 
22.52 
28.77 

108.90 
30.31 
44.71 
26.99 
36.62 
60.06 
9.99 

22.08 
42.64 

151.57 
1359.90 

201 3 
25.23 

165.19 
0.00 

11 17.11 

128.05 
90.1 9 
43.30 
91.47 
14.10 

174.39 
63.01 
32.24 
48.94 

335.50 
1021.17 

282.05 
103.80 
101.93 
296.84 

23.28 
31.94 

114.34 
30.12 
46.54 
28.09 
38.52 
64.47 
9.93 

23.58 
42.62 

153.42 
1391.47 

201 4 
25.31 

165.58 
0.00 

11 03.73 

129.01 
89.45 
43.84 
91.59 
14.29 

172.65 
61 .I9 
31.25 
50.19 

338.39 
1021.84 

280.98 
105.00 
94.00 

298.23 
22.83 
32.68 

108.89 
29.65 
45.69 
28.56 
39.37 
65.01 
9.55 

23.45 
41.87 

152.03 
1377.79 

201 5 
22.97 

151.90 
0.00 

1021.13 

125.45 
80.60 
42.38 
83.35 
13.95 

155.72 
54.32 
28.07 
47.1 I 

31 8.32 
949.26 

284.57 
100.47 
91.45 

286.14 
21.67 
31.84 

101.74 
27.63 
42.26 
25.62 
36.65 
58.1 7 
8.55 

21.33 
37.94 

142.88 
131 8.91 

201 6 
23.46 

156.1 0 
0.00 

1027.69 

124.96 
81.16 
42.61 
85.10 
14.02 

157.83 
54.25 
28.37 
49.40 

325.82 
963.51 

284.72 
102.11 
90.67 

281.99 
21.65 
31.45 
99.78 
27.45 
42.64 
25.89 
37.1 6 
56.78 
8.47 

21.19 
38.22 

143.92 
1314.13 

201 7 
23.06 

154.85 
0.00 

1008.55 

124.13 
79.1 3 
42.52 
84.04 
14.01 

154.91 
52.45 
27.70 
49.79 

325.27 
953.95 

284.38 
101.81 
90.88 

277.1 6 
21.63 
31.59 

100.27 
26.95 
41.96 
25.67 
37.01 
54.27 
8.23 

20.66 
37.45 

142.41 
1302.33 

201 8 
22.98 

155.1 6 
0.00 

1000.04 

124.08 
77.90 
42.71 
83.82 
14.09 

153.58 
51.29 
27.29 
50.42 

327.21 
952.39 

283.92 
101.62 
89.86 

274.34 
21.57 
31.60 

100.1 5 
26.44 
41.37 
25.52 
37.02 
53.03 

8.1 0 
20.35 
36.78 

141.67 
1293.34 

201 9 
23.02 

156.25 
0.00 

996.28 

124.22 
77.25 
42.99 
83.99 
14.19 

153.07 
50.51 
26.98 
50.98 

330.37 
954.56 

284.26 
101.79 
88.67 

272.07 
21.62 
31.59 
99.78 
26.05 
41.08 
25.58 
37.24 
52.60 
8.01 

20.01 
36.30 

141.51 
1288.1 6 

2020 
23.59 

161.14 
0.00 

1006.86 

124.26 
78.27 
43.45 
85.89 
14.34 

155.64 
50.89 
27.24 
52.34 

338.76 
971.08 

284.77 
102.71 
88.63 

272.34 
21.90 
31.67 

100.51 
26.04 
41 -32 
25.97 
38.10 
52.69 
8.09 

19.99 
36.38 

142.04 
1293.1 6 

126561 Nonmanufacturing 
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Q R S 
2022 
24.26 

165.01 
0.00 

1001.52 

123.48 
77.64 
43.81 
86.24 
14.47 

154.89 
49.94 
26.64 
53.27 

346.36 
976.75 

284.80 
103.57 
87.62 

270.35 
22.31 
31.49 

100.78 
25.20 
41.29 
26.46 
38.35 
50.45 
8.25 

19.01 
35.77 

138.82 
1284.52 

T U v W X Y z I AA I AB I AC I AD I 
2023 
23.99 

164.44 
0.00 

990.05 

122.82 
76.28 
43.81 
85.01 
14.50 

152.1 9 
48.84 
26.06 
52.97 

346.43 
968.90 

292.56 
103.20 
86.25 

267.67 
22.36 
31.29 
98.82 
24.51 
40.80 
26.22 
38.27 
49.21 

8.23 
18.54 
34.94 

135.96 
1278.82 

126561 

2024 
23.92 

165.15 
0.00 

984.79 

122.31 
75.24 
43.86 
84.1 6 
14.54 

150.35 
48.09 
25.82 
53.03 

348.07 
965.48 

298.32 
103.21 
84.81 

264.51 
22.39 
31.23 
96.85 
23.92 
40.23 
25.95 
38.24 
48.61 

8.1 7 
18.1 7 
34.1 4 

133.64 
1272.39 

I 

2025 
23.65 

164.67 
0.00 

973.91 

121.80 
74.1 5 
43.90 
83.1 7 
14.59 

148.25 
47.29 
25.61 
53.00 

349.29 
961.04 

302.69 
103.06 
83.81 

260.55 
22.56 
31.24 
95.01 
23.31 
39.49 
25.56 
38.09 
48.06 

8.08 
18.03 
33.25 

131.62 
1264.41 

2026 
23.39 

164.1 1 
0.00 

964.28 

121.29 
72.94 
43.92 
81.97 
14.64 

145.89 
46.48 
25.35 
52.88 

350.07 
955.42 

307.44 
102.64 
82.55 

255.69 
22.55 
31.1 1 
92.73 
22.70 
38.67 
25.05 
37.84 
47.52 

7.96 
17.79 
32.29 

129.42 
1253.93 

2027 
22.94 

162.44 
0.00 

949.90 

120.68 
71.18 
43.85 
80.1 0 
14.67 

142.42 
45.33 
24.89 
52.28 

348.81 
944.20 

31 3.60 
102.1 1 
81.43 

250.21 
22.39 
30.86 
90.54 
22.03 
37.80 
24.54 
37.33 
46.96 
7.80 

17.1 0 
31.24 

126.89 
1242.82 

2028 
22.42 

160.30 
0.00 

934.48 

1 19.96 
69.03 
43.72 
77.75 
14.68 

138.1 6 
44.00 
24.24 
51.32 

346.34 
929.21 

321.71 
101.43 
79.96 

245.25 
22.1 0 
30.40 
88.44 
21.31 
36.89 
24.02 
36.44 
46.41 
7.63 

16.23 
30.1 9 

124.20 
1232.62 

2029 
21.77 

157.01 
0.00 

91 4.32 

11 9.37 
66.93 
43.63 
75.38 
14.72 

133.90 
42.69 
23.59 
50.28 

343.87 
91 4.36 

329.03 
100.60 
78.79 

240.94 
21.81 
29.90 
86.68 
20.66 
36.02 
23.49 
35.66 
45.82 
7.48 

15.57 
29.27 

121.70 
1223.41 

2030 
20.96 

153.03 
0.00 

891.35 

11 8.56 
64.31 
43.43 
72.29 
14.74 

128.44 
41.01 
22.71 
48.66 

339.06 
893.21 

337.43 
99.46 
77.49 

236.93 
21.61 
29.34 
84.70 
19.95 
34.96 
22.72 
34.72 
44.89 
7.30 

15.05 
28.1 6 

11 9.1 1 
121 3.82 

2031 
20.1 1 

148.54 
0.00 

867.51 

11 7.59 
61.89 
43.18 
69.1 8 
14.74 

123.03 
39.31 
21.77 
46.97 

333.92 
871.59 

346.06 
98.46 
76.04 

232.91 
21.31 
28.70 
82.57 
19.24 
33.95 
22.1 0 
33.58 
44.1 1 

7.1 3 
14.44 
27.15 

11 6.65 
1204.41 

2032 
19.28 

144.1 0 
0.00 

844.53 

1 16.49 
59.47 
42.88 
65.93 
14.74 

11 7.37 
37.57 
20.81 
45.18 

328.27 
848.71 

354.02 
97.33 
74.63 

228.65 
20.90 
27.99 
80.17 
18.59 
32.94 
21.39 
32.48 
43.27 

6.87 
13.60 
26.07 

11 3.71 
11 92.62 

2033 
18.99 

143.05 
0.00 

834.51 

1 15.66 
58.86 
42.78 
64.78 
14.78 

I1 5.47 
37.1 3 
20.51 
44.90 

330.44 
845.30 

363.64 
97.42 
73.87 

226.04 
20.78 
27.51 
78.79 
18.19 
32.62 
21.29 
32.1 0 
43.45 

6.79 
13.1 8 
25.75 

11 2.50 
11 93.92 

2034 
19.55 

147.85 
0.00 

848.1 9 

1 15.38 
60.44 
42.95 
66.23 
14.88 

118.16 
38.24 
21.07 
46.46 

342.57 
866.39 

373.85 
98.65 
73.61 

223.68 
20.89 
27.03 
77.51 
18.02 
32.89 
21.58 
32.67 
44.33 

6.95 
13.28 
26.1 1 

1 13.06 
1204.1 1 

2035 
19.11 

145.63 
0.00 

834.56 

11 4.32 
58.74 
42.68 
64.1 2 
14.89 

1 14.44 
37.33 
20.51 
45.57 

342.33 
854.94 

381.85 
97.93 
72.49 

21 9.67 
20.80 
26.32 
75.09 
17.57 
32.22 
21.19 
32.47 
43.81 

6.83 
12.84 
25.38 

11 0.59 
1 197.05 

-1 .O% 
-0.5% _ _  
-1.3% 

-0.4% 
-1.4% 
0.1% 

-1.3% 
0.4% 

-1.8% 
-2.4% 
-2.4% 
0.1% 
0.2% 
-0.7% 

1.5% 
-0.2% 
-0.8% 
-0.7% 
0.1% 

-0.3% 
0.0% 

-2.1 Yo 
-0.7% 
-0.2% 
0.0% 

-0.1% 
-0.3% 
-1.2% 

-1 .O% 
-0.1 % 

-1.5% 



I B I C 

Total Nonmanufacturing 

Freight Trucks 
Rail, Passenger 
Rail, Freight 
Shipping, Domestic 
Shipping, International 
Recreational Boats 
Air 
Military Use 
Lubricants 
Pipeline Fuel 
Discrepancy 2/ 
Total Transportation 

D I E I F I G I H I I J I K L M I N 0 I P 
2008 2009 
76.78 74.59 
94.04 78.52 
56.28 49.39 
227.1 0 202.50 

21.38 -28.68 
1597.78 1387.43 

2692 
2693 I! Does not include water heating portion of load. 
2694 2/ Represents differences between total emissions by end-use and total emissions by fuel as 
2695 reported in Table 18. Emissions by fuel may reflect benchmarking and other modeling 
2696 adjustments to energy use and the associated emissions that are not assigned to specific end uses. 

- 

1 100.28 
44.05 
18.85 

339.28 
6.19 

41.80 
17.11 
70.20 
17.54 

191.53 
50.75 
5.20 

35.31 
-0.74 

1937.33 

1072.82 
40.28 
18.92 

306.68 
5.96 

37.09 
15.14 
60.78 
17.86 

188.34 
53.27 
4.75 

34.65 
-2.69 

1853.85 

2681 Biogenic Energy Combustion 6/ 
2682 Biomass 
2683 Biogenic Waste 
2684 Biofuels Heat and Coproducts 
2685 Ethanol 
2686 Biodiesel 
2687 Liquids from Biomass 
2688 Green liquids 
2689 Total :I 196.75 

8.26 
91.64 
56.60 
2.93 
0.00 
0.00 

356.1 9 

174.96 
8.27 

63.1 0 
64.86 
3.07 
0.00 
0.00 

31 4.26 

201 0 
75.99 
74.90 
51.28 
202.17 

4.43 
1505.28 

1071.23 
40.73 
18.68 

317.13 
6.09 

38.45 
15.45 
62.00 
17.77 

183.1 0 
54.59 
4.84 

35.30 

1864.66 
-0.73 

180.94 
8.27 

68.97 
76.09 
3.18 
0.00 
0.49 

337.93 

201 1 201 2 201 3 
76.14 74.93 75.73 
79.27 88.28 94.21 
50.06 49.42 50.95 
205.47 21 2.63 220.89 

8.12 10.98 18.89 
1541.51 1583.51 1631.25 

1066.76 
42.07 
18.73 

331.36 
6.09 

38.81 
15.11 
61.55 
17.87 

183.96 
53.83 
4.42 

34.47 
-0.65 

1874.38 

191.71 
8.27 

88.35 
79.15 
6.45 
0.00 
0.71 

374.64 

1065.88 
43.41 
18.84 

341.40 
6.06 

40.19 
15.15 
61.12 
17.97 

185.13 
52.1 1 
4.43 

33.88 
-0.58 

1884.99 

206.78 
8.27 

76.1 9 
86.99 
8.56 
0.00 
0.82 

387.60 

1070.13 
44.92 
18.85 

358.14 
6.06 

41 .I4 
15.53 
61.24 
18.07 

187.31 
50.09 
4.49 

34.14 
-0.51 

1909.60 

223.69 
8.27 

88.39 
9.89 
0.00 
0.89 

408.93 

'77.80 

201 4 201 5 
74.80 72.01 
95.50 94.40 
50.34 47.53 
220.64 21 3.95 
27.49 46.22 

1625.92 1579.08 

1071.08 
45.05 
18.92 

360.50 
6.1 0 

40.77 
15.70 
61.32 
18.20 

189.83 
49.18 
4.54 

34.56 
-0.43 

1915.31 

222.52 
8.27 

79.06 
89.91 
9.18 
0.09 
0.89 

409.93 

1070.43 
44.90 
18.91 

360.96 
5.77 

37.72 
16.06 
61.39 
18.30 

191.81 
48.79 
4.57 

36.89 
-0.36 

191 6.1 6 

265.41 
8.27 

79.39 
91.05 
10.93 
1.35 
0.90 

457.31 

201 6 
72.25 
95.49 
47.28 
21 5.02 
42.23 

1571.38 

1068.94 
44.65 
18.89 

361.07 
5.86 

38.45 
16.04 
61.46 
18.38 

193.85 
48.71 
4.59 

35.90 
-0.28 

191 6.51 

297.38 
8.27 

80.79 
92.94 
13.15 
1.88 
0.90 

495.31 

201 7 201 8 
72.02 71.59 
95.31 94.75 
46.68 46.31 
21 4.00 21 2.65 
41.91 42.71 

1558.24 1548.69 

1061.47 1052.75 
44.56 44.48 
18.92 18.97 

365.37 370.1 8 
5.83 5.83 

38.68 39.14 
16.16 16.32 
61.53 61.62 
18.45 18.51 

195.91 197.76 
48.86 49.09 

4.61 4.61 
35.70 35.95 
-0.18 -0.08 

191 5.88 191 5.1 3 

358.90 378.76 
8.27 8.27 

85.23 90.71 
98.45 104.24 
13.78 13.71 
2.39 3.14 
0.90 0.90 

567.93 599.72 

201 9 
71.15 
94.76 
45.83 
21 1.73 
43.29 

1543.1 8 

1045.58 
44.43 
18.99 

374.33 
5.84 

39.1 6 
16.45 
61.69 
18.57 

199.55 
49.34 
4.62 

36.25 
0.03 

191 4.85 

389.73 
8.27 

99.85 
109.23 

14.26 
4.24 
0.91 

626.49 

2020 
71.46 
95.23 
46.1 8 
21 2.87 

44.02 
1550.05 

1037.57 
44.38 
19.03 

378.96 
5.94 

39.63 
16.59 
61.78 
18.63 

201.35 
49.61 

4.63 
36.37 
0.14 

191 4.59 

401.47 
8.27 

111.08 
11 5.86 
14.39 
5.92 
1.09 

658.08 

2021 
70.78 
94.29 
45.61 
21 0.68 
43.90 

1541.79 

1042.80 
44.37 
19.07 

383.02 
5.95 

39.43 
16.69 
61.86 
18.75 

203.1 5 
49.88 
4.64 

36.33 
0.23 

1926.1 9 

408.93 
8.27 

119.10 
11 1.63 
14.33 
8.18 
1.11 

671.54 



Q 
2022 2023 
70.80 70.65 
94.1 6 93.50 
45.65 45.00 
21 0.62 209.1 5 
43.91 43.76 

1539.05 1531.73 

R S T 

50.10 
4.66 

36.43 
0.34 

1922.24 

41 2.92 
8.27 

128.89 
120.19 

17.37 
11.31 
1.12 

700.08 

1034.46 1027.81 
44.27 44.37 
19.01 19.05 

385.04 389.12 
5.99 5.97 

39.50 39.06 
16.77 16.85 
61.91 61.99 
18.84 18.95 

204.90 206.47 
50.38 
4.67 

36.42 
0.45 

921.58 

41 2.81 
8.27 

144.74 
127.41 

17.44 
15.52 
1.12 

727.31 

2024 2025 
70.35 69.82 
92.76 92.61 
44.58 44.1 1 
207.69 206.55 
43.53 44.08 

1523.61 151 5.04 

44.52 
19.09 

393.1 2 
5.97 

39.28 
16.87 
62.07 
19.06 

207.98 
50.67 
4.69 

36.34 
0.57 

1920.93 

41 4.51 
8.27 

162.55 
136.46 
17.42 
20.85 

1.12 
761.1 8 

1020.71 1020.1 5 
44.81 
19.13 

397.98 
5.96 

39.29 
16.91 
62.15 
19.18 

209.39 
50.95 
4.71 

36.27 
0.69 

927.57 

41 6.59 
8.27 

176.56 
141.16 
17.33 
27.55 

1.12 
788.57 

2026 
69.66 
92.27 
43.68 
205.61 

44.43 
1503.97 

1020.05 
45.1 1 
19.16 

401.73 
5.95 

39.24 
16.97 
62.22 
19.32 

21 0.55 
51.23 
4.73 

36.27 
0.79 

1933.31 

415.10 
8.27 

187.01 
143.30 

17.79 
35.68 

1.12 
808.27 

2027 2028 
68.96 68.46 
91.23 89.64 
43.1 0 42.39 
203.29 200.48 
44.64 44.42 

1490.75 1477.53 

1028.1 3 1023.03 
45.33 45.63 
19.20 19.23 

405.79 408.83 
5.90 5.84 

39.08 38.84 
17.11 17.1 9 
62.30 62.37 
19.40 19.54 

21 1.63 21 2.71 
51.51 51.78 
4.75 4.76 

36.37 36.62 
0.92 1.02 

1947.42 1947.38 

41 5.02 41 1.23 
8.27 8.27 

196.25 209.1 0 
144.06 152.1 0 
17.39 17.88 
44.97 52.09 

1.12 1.12 
827.08 851.79 

2029 2030 2031 
67.70 66.91 65.98 
88.1 2 87.23 86.1 9 
41.80 41.28 40.77 
197.62 195.42 192.94 
44.29 45.46 46.44 

1465.32 1454.69 1443.80 

1031.81 
45.87 
19.28 

41 3.46 
5.78 

38.51 
17.32 
62.45 
19.60 

21 3.70 
52.07 
4.78 

36.59 
1.13 

1962.35 

406.47 
8.27 

21 2.29 
152.62 
17.04 
57.55 

1.12 
855.35 

1044.82 
46.32 
19.28 

41 7.94 
5.66 

38.09 
17.42 
62.52 
19.73 

214.74 
52.33 
4.80 

36.86 
1.26 

1981.75 

398.91 
8.27 

21 5.67 
152.1 0 

18.13 
64.29 

1.12 
858.50 

1054.1 7 
46.75 
19.30 

422.71 
5.55 

37.80 
17.59 
62.59 
19.87 

21 5.50 
52.59 
4.81 

37.34 
I .37 

1997.96 

388.06 
8.27 

21 9.52 
153.71 
18.47 
68.96 

1.12 
858.1 0 

2032 2033 2034 
65.22 64.99 65.1 6 
85.1 3 84.62 84.99 
40.56 40.55 41.08 
190.91 190.1 6 191 '23 
47.06 47.02 47.93 

1430.59 1431.1 0 1443.26 

1063.49 
47.15 
19.36 

426.77 
5.44 

37.41 
17.79 
62.67 
20.02 

21 6.1 5 
52.86 
4.83 

37.71 
1.49 

201 3.1 3 

373.62 
8.27 

221.44 
155.05 
18.29 
70.94 

1.12 
848.73 

1071.50 
47.52 
19.42 

431.22 
5.44 

37.54 
17.94 
62.75 
20.12 

21 6.73 
53.1 4 
4.84 

38.25 
1.59 

2028.00 

377.1 0 
8.27 

230.66 
156.93 
18.1 4 
79.62 

1.11 
871.82 

1082.03 
47.99 
19.47 

435.83 
5.56 

38.38 
18.1 3 
62.82 
20.27 

21 7.35 
53.40 
4.86 

38.70 
1.69 

2046.47 

391.91 
8.27 

234.21 
157.19 
18.42 
83.01 

1.11 
894.1 2 

2035 
64.71 
84.87 
40.80 
190.37 
52.36 

1439.79 

1092.84 
48.46 
19.52 

439.95 
5.53 

38.40 
18.15 
62.90 
20.42 

21 7.92 
53.67 
4.87 

41.25 
I .80 

2065.69 

395.39 
8.27 

235.1 6 
157.80 
18.49 
83.72 

1.12 
899.94 

-0.5% 
0.3% 

-0.7% 
-0.2% 

0.1 % 
- -  

0.1% 
0.7% 
0.1 % 
1.4% 

-0.3% 
0.1 % 
0.7% 
0.1% 
0.5% 
0.6% 
0.0% 
0.1% 
0.7% 

0.4% 
_ _  

3.2% 
0.0% 
5.2% 
3.5% 
7.2% - _  _ _  
4.1 % 

2693 
2694 
2695 
2696 
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I J K L M N 0 P 
I 

2697 
2698 
- 2699 
2700 
2701 
2702 
2703 
12704 
12705 
12706 
2707 
2708 
2709 
271 0 
271 1 
271 2 
271 3 

- 
- 

- 
- 

I I I I I I I I i I 1 
201 0 201 1 201 2 201 3 201 4 201 5 201 6 201 7 201 8 201 9 2020 2021 cesbingbk.dlOO611 a 2008 2009 

3/ Includes emissions related to fuel consumption for district services. 
4/ Includes miscellaneous uses, such as service station equipment, automated teller machines, telecommunications equipment, medical 

equipment, pumps, emergency generators, combined heat and power in commercial buildings, manufacturing performed in commercial buildings, 
and cooking (distillate), plus emissions from residual fuel oil, liquefied petroleum gases, coal, motor gasoline, and kerosene. 
5/ Commercial trucks 8,500 to 10,000 pounds gross vehicle weight rating. 
6/ By convention, the direct emissions from biogenic energy sources are excluded from energy-related C02 emissions. The release 

of carbon from these sources is assumed to be balanced by the uptake of carbon when the feedstock is grown, resulting in zero net 
emissions over some period of time. If, however, increased use of biomass energy results in a decline in terrestrial 
carbon stocks, a net positive release of carbon may occur. Accordingly, the emissions from biogenic energy sources 
are reported here as an indication of the potential net release of carbon dioxide in the absence of offsetting sequestration. 

- - = Not applicable. 
Note: Totals may not equal sum of components due to independent rounding. Data for 2008 and 2009 

Sources: 2008 and 2009 emissions and emission factors: US. Energy Information Administration 
are model results and may differ slightly from official EIA data reports. 

(EIA), Emissions of Greenhouse Gases in the United States 2009, DOEIEIA-0573(2009) (Washington, DC, December 201 0). 
Projections: EIA, AE02011 National Energy Modeling System run cesbingbk.d10061 la. 
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B I C I D E F I G I H I I J I K 
I cesbingbk.dl0061 l a  2008 2009 

2739 

L I M I N 0 I P 

20. Macroeconomic Indicators 
(billion 2005 chain-weighted dollars, unless otherwise noted) 

2776 
2777 

13229 
of Real Gross Domestic Product 

Metals and Metal Products 
Industrial Commodities excluding Energ: 1.81 1.94 1.97 2.01 2.03 2.06 2.09 2.1 2 2.1 4 2.1 z 

Real Investment 
Real Government Spending 

2005 dollar of GDP) 
'Delivered Energy 

Price Index (2005=1 .OOC 
Index (1 982-84=1 .OO) 

and Services 

2008 

9265 
1957 
2503 
1648 
21 52 

5.49 
7.57 

1.086 

2.1 5 
2.36 

1 .go 
2.14 
2.13 

2009 

12881 

91 54 
1516 
2543 
1491 
1854 

5.33 
7.36 

1.096 

2.15 
1.93 

1.73 
1.59 
1.87 
1.76 

201 0 

201 0 

13221 

9299 
1763 
2560 
1666 
2082 

5.33 
7.40 

1.106 

2.1 8 
2.09 

1.83 
1.84 
2.04 
1.83 

201 1 

201 1 

13506 

9506 
1845 
2557 
1792 
2201 

5.30 
7.28 

1.120 

2.21 
2.17 

1.86 
1.89 
2.04 
I .85 

201 2 

201 2 

14038 

9731 
2201 
2531 
1934 
2332 

5.1 9 
7.1 1 

1.134 

2.25 
2.18 

1.88 
1.87 
2.1 3 
1.88 

201 3 

201 3 

14587 

9990 
2504 
2532 
21 02 
2486 

5.09 
6.95 

1.154 

2.29 
2.27 

1.93 
1.92 
2.31 

201 4 

201 4 

14923 

101 90 
2496 
2544 
2278 
2530 

5.00 
6.81 

1.174 

2.34 
2.35 

1.96 
1.97 
2.40 

201 5 

201 5 

15306 

10436 
2581 
2555 
2436 
2636 

4.90 
6.61 

I .I 99 

2.40 
2.47 

2.02 
2.13 
2.47 

201 6 

201 6 

15688 

10676 
2654 
2569 
2605 
2740 

4.77 
6.46 

1.223 

2.45 
2.55 

2.06 
2.22 
2.50 

201 7 

201 7 

16098 

10907 
2734 
2588 
2792 
2836 

4.67 
6.32 

1.249 

2.51 
2.65 

2.10 
2.30 
2.54 

201 8 

201 8 

1651 7 

11138 
281 7 
261 3 
2982 
2933 

4.56 
6.1 8 

1.276 

2.58 
2.74 

2.14 
2.38 
2.58 

201 9 

201 9 

16929 

I1 372 
2904 
2637 
31 76 
3044 

4.47 
6.05 

1.301 

2.63 
2.82 

2.17 
2.45 
2.62 

2020 

2020 

17367 

1 1635 
2995 
2663 
3379 
31 73 

4.38 
5.93 

1.327 

2.69 
2.91 

2.22 
2.54 
2.65 

2021 

2021 

17844 

1 1934 
31 01 
2684 
358E 
3307 

4.2E 
5.7E 

1.351 

2.7: 
2.9E 

2.2c 
2.61 
2.6E 



Q I R S T I U 

2776 

v W X Y z I AA I AB 1 AC I AD I A€ 
2022 

2022 

18375 

12257 
3223 
271 1 
3798 
3439 

4.1 7 
5.64 

1.374 

2.80 
3.06 

2.29 
2.69 
2.69 

2023 

2023 

18889 

12578 
3330 
2739 
401 9 
3578 

4.08 
5.51 

1.399 

2.86 
3.1 6 

2.33 
2.78 
2.71 

2024 

2024 

19408 

12902 
3427 
2766 
4251 
371 4 

4.00 
5.39 

1.424 

2.92 
3.25 

2.37 
2.87 
2.72 

2025 

2025 

19963 

13251 
3551 
2793 
4488 
3868 

3.91 
5.26 

1.448 

2.98 
3.32 

2.40 
2.95 
2.74 

2026 

2026 

20497 

1 3591 
3659 
2822 
4725 
4021 

3.82 
5.15 

1.473 

3.04 
3.42 

2.43 
3.03 
2.75 

2027 

2027 

21 028 

13936 
3766 
2850 
4969 
41 85 

3.74 
5.04 

1.500 

3.1 0 
3.51 

2.47 
3.1 2 
2.76 

2028 

2028 

21 548 

14278 
3869 
2876 
5224 
4362 

3.67 
4.94 

1.528 

3.1 6 
3.61 

2.50 
3.21 
2.77 

2029 

2029 

22074 

14619 
3976 
2901 
5493 
4544 

3.60 
4.84 

1.557 

3.23 
3.71 

2.54 
3.30 
2.79 

2030 

2030 

22645 

14988 
41 13 
2930 
5773 
4750 

3.54 
4.75 

1.586 

3.30 
3.77 

2.57 
3.37 
2.80 

2031 

2031 

2321 7 

15369 
4250 
2952 
6065 
4968 

3.47 
4.65 

1.61 6 

3.36 
3.86 

2.60 
3.45 
2.81 

2032 

2032 

23776 

15744 
4371 
2979 
6364 
51 94 

3.41 
4.56 

1.648 

3.44 
3.96 

2.65 
3.56 
2.82 

2033 

2033 

24353 

161 20 
4505 
3006 
6677 
5423 

3.34 
4.46 

1.681 

3.51 
4.05 

2.68 
3.64 
2.83 

2034 

2034 

24954 

16509 
4660 
3034 
7003 
5671 

3.28 
4.36 

1.71 5 

3.59 
4.19 

2.73 
3.74 
2.84 

2035 

2035 

25562 

16901 
4820 
3063 
7340 
5930 

3.22 
4.27 

1.750 

3.67 
4.31 

2.77 
3.86 
2.84 
2.42 

2009- 
2035 

2.7% 

2.4% 
4.5% 
0.7% 
6.3% 
4.6% 

-1.9% 
-2.1% 

1.8% 

2.1 % 
3.1 % 

1.8% 
3.5% 
1.6% 
1.2% 127771 2.1 8 2.20 2.22 2.24 2.26 2.27 2.29 2.31 2.33 2.35 2.37 2.38 2.40 
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cesbingbk.dlOO611 a 

Interest Rates (percent, nominal) 
Federal Funds Rate 
IO-Year Treasury Note 
AA Utility Bond Rate 

Value of Shipments (billion 2005 dollars) 
Service Sectors 
Total Industrial 
Agriculture, Mining, and Construction 
Manufacturing 
Energy Intensive 
Non-energy Intensive 

Total 

Population and Employment (millions) 
Population, with Armed Forces Overseas 
Population, aged 16 and over 
Population, over age 65 
Employment, Nonfarm 
Employment, Manufacturing 

Key Labor Indicators 
Labor Force (millions) 
Nonfarm Labor Productivity (2005=1 .OO) 
Unemployment Rate (percent) 

Key Indicators for Energy Demand 
Real Disposable Personal Income 
Housing Starts (millions) 
Commercial Floorspace (billion square fel 
Unit Sales of Light-Duty Vehicles (millions 

~ GDP = Gross domestic oroduct. 

2008 

I .93 
3.67 
6.1 9 

20737 
6720 
2039 
4680 
1635 
3046 

27456 

305.2 
239.4 
38.9 

136.7 
13.4 

154.3 
1.04 
5.82 

10043 
0.98 
78.8 

13.19 

2009 

0.16 
3.26 
5.75 

19555 
601 7 
1821 
41 97 
1551 
2646 

25573 

307.8 
241.8 
39.7 

130.9 
11.9 

154.2 
1.07 
9.28 

101 00 
0.60 
80.2 

10.40 

201 0 

0.15 
3.1 I 
5.12 

20259 
6244 
1793 
4451 
1638 
281 4 

26503 

31 0.8 
244.3 
40.4 

130.7 
11.8 

154.0 
1.11 
9.70 

10224 
0.65 
81.2 

11.38 

201 1 

0.14 
2.51 
4.61 

21 01 9 
6562 
1845 
471 6 
1691 
3026 

27580 

31 3.8 
246.8 
41.4 

133.3 
12.3 

155.1 
1.12 
9.65 

10354 
0.85 
82.0 

12.77 

201 2 

2.43 
3.98 
5.56 

21 560 
6898 
1979 
491 9 
1716 
3203 

28458 

31 6.9 
249.3 
42.8 

134.6 
14.4 

156.1 
1 .I3 
8.75 

10544 
1.72 
82.7 

15.43 

201 3 

4.33 
4.96 
6.44 

22306 
7294 
2094 
5200 
1776 
3424 

29600 

31 9.9 
251.7 
44.2 

138.8 
15.5 

157.9 
1 .I4 
7.45 

10809 
1.85 
83.5 

16.89 

201 4 

4.76 
5.29 
7.01 

22668 
7377 
21 47 
5230 
1775 
3455 

30045 

323.0 
254.1 
45.6 

140.8 
16.5 

159.5 
1.16 
7.14 

11 I70 
1.78 
84.4 

16.73 

201 5 

5.22 
5.79 
7.52 

231 25 
7445 
2206 
5239 
1777 
3462 

30570 

326.2 
256.5 
47.1 

142.2 
17.4 

160.7 
1.18 
6.91 

1 1521 
1.83 
85.5 

16.90 

201 6 

5.03 
5.81 
7.58 

23555 
7488 
2241 
5248 
1778 
3470 

31 044 

329.3 
259.0 
48.5 

143.3 
17.3 

161.8 
1.20 
6.67 

11885 
1.88 
86.6 

16.91 

201 7 

4.98 
5.90 
7.66 

24029 
7573 
2263 
531 0 
1795 
351 5 

31 603 

332.5 
261.6 
50.0 

144.6 
17.1 

163.0 
1.23 
6.38 

12207 
1.90 
87.8 

16.57 

201 8 

4.95 
5.92 
7.71 

2451 6 
7673 
2286 
5387 
1808 
3579 

321 89 

335.6 
264.2 
51.6 

146.0 
17.0 

164.2 
1.25 
6.1 0 

12497 
1.90 
89.0 

16.39 

201 9 

4.87 
5.86 
7.70 

24993 
7784 
231 3 
5471 
1821 
3650 

32777 

338.8 
266.8 
53.3 

147.1 
17.0 

165.2 
1.28 
5.86 

12799 
1.91 
90.2 

16.46 

2020 

4.82 
5.83 
7.72 

25491 
7894 
2337 
5557 
1838 
371 9 

33384 

342.0 
269.4 
55.1 

148.4 
16.9 

166.1 
1.30 
5.59 

131 38 
1.90 
91.4 

16.80 

2021 

4.71 
5.75 
7.65 

26040 
7982 
2349 
5633 
1858 
3774 

34022 

345.2 
272.0 
56.8 

149.8 
16.7 

167.1 
1.33 
5.44 

1351 2 
1.89 
92.5 

17.1 2 

Page 139 



Q R S T U v 
2022 

4.68 
5.73 
7.66 

26665 
8075 
2371 
5704 
1873 
3831 

34741 

348.4 
274.6 
58.6 

151.4 
16.5 

167.9 
1.37 
5.30 

13922 
1.93 
93.7 

17.44 

W X Y Z AA I AB 1 AC I 
2023 

4.77 
5.80 
7.77 

27302 
81 70 
2389 
5781 
1884 
3898 

35472 

351.6 
277.3 
60.5 

153.0 
16.2 

168.8 
1.40 
5.13 

14287 
1.92 
94.9 

17.63 

2024 

4.82 
5.81 
7.80 

27927 
8256 
2397 
5859 
1893 
3967 

361 84 

354.8 
280.0 
62.3 

154.6 
15.9 

169.8 
1.43 
5.03 

14671 
1.91 
96.1 

17.89 

2025 

4.79 
5.76 
7.75 

28567 
8363 
241 9 
5944 
1904 
4041 

36930 

358.1 
282.6 

64.2 
156.2 
15.6 

170.6 
1.46 
4.98 

15082 
1.93 
97.3 

18.28 

2026 

4.82 
5.77 
7.77 

291 80 
8455 
2439 
601 7 
1909 
41 07 

37635 

361.3 
285.3 
65.9 

157.8 
15.3 

171.5 
1.49 
4.95 

15456 
I .93 
98.5 

18.55 

2027 

4.84 
5.77 
7.78 

29782 
8541 
2450 
6091 
1918 
41 74 

38323 

364.5 
288.0 
67.6 

159.4 
15.0 

172.5 
1.52 
4.92 

15862 
1.90 
99.8 

18.82 

2028 

4.84 
5.76 
7.78 

30358 
861 0 
2452 
61 58 
1924 
4234 

38968 

367.7 
290.7 
69.3 

160.9 
14.7 

173.5 
1.55 
4.94 

16252 
1.86 

101 .o 
19.07 

2029 

4.89 
5.79 
7.82 

30944 
8689 
2456 
6233 
1932 
4301 

39633 

370.9 
293.5 

70.8 
162.5 
14.4 

174.6 
1.58 
4.95 

16635 
1.82 

102.2 
19.28 

2030 

4.92 
5.80 
7.83 

31 555 
8797 
2475 
6322 
1942 
4380 

40352 

374.1 
296.2 

72.3 
164.2 
14.2 

175.8 
1.62 
4.95 

17064 
I .82 

103.5 
19.62 

2031 

4.98 
5.84 
7.89 

321 59 
8897 
2496 
6401 
1950 
4451 

41 056 

377.3 
298.9 

73.5 
165.5 
14.0 

177.2 
1.65 
4.97 

17479 
1.81 

104.7 
19.86 

2032 

5.03 
5.89 
7.97 

32756 
8981 
251 4 
6466 
1956 
451 0 

41 736 

380.5 
301.6 

74.5 
166.9 
13.7 

178.6 
1.68 
5.02 

17887 
1.77 

105.9 
20.03 

2033 

5.06 
5.93 
8.01 

33349 
9070 
2532 
6538 
1965 
4573 

42420 

383.7 
304.3 

75.5 
168.2 
13.5 

180.0 
1.71 
5.07 

18299 
1.75 

107.2 
20.1 8 

2034 

5.1 0 
5.97 
8.08 

33935 
91 69 
2563 
6606 
1969 
4637 

431 04 

386.9 
306.9 
76.5 

169.6 
13.2 

181.3 
I .74 
5.1 3 

18729 
1.74 

108.4 
20.36 

2035 

5.07 
5.97 
8.10 

34495 
9254 
2583 
6671 
1973 
4697 

43749 

390.1 
309.6 
77.7 

170.9 
13.0 

182.5 
1.78 
5.21 

19173 
1.74 

109.7 
20.57 

- -  
- -  
- *  

2.27 
1.79 
1.49 
1.89 
0.99 
2.29 
2.1 9 

0.97 
1 .07 
2.67 
1 .07 
0.37 

0.77 
2.07 - -  

2.55 
4.15 
1.25 
2.75 
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I 
Sources: 2008 and 2009: IHS Global Insight, Global Insight Industry and Employment models, 

September 201 0. Projections: US.  Energy Information Administration, AE02011 National Energy Modeling System run cesbingbk.dlOO611 a. 

B C I D E F I G H I I I J I K L M N I 0 P 
cesbingbk.dl0061 l a  2008 2009 201 0 201 1 201 2 201 3 201 4 

~ 1 2 1 .  National Impacts of Renewable or Clean Energy Standards (RPSKES) 

128301 Renewable or Clean Energy Standard 

RPSKES Credits (billion kwh) 
Clean Coal 
Natural Gas 
Nuclear 
Conventional Hydropower 
Geothermal 
Municipal Waste 
Wood and Other Biomass 

Dedicated Plants 
Cof iri ng 

Solar Thermal 
Solar Photovoltaic 
Wind 
Total Earned 
Total Penalty 
Annual Credit Bank Activity 
Cumulative Credit Bank Balance 

Baseline Electricity Sales (billion 

RPS/CES Levels 
hercent of total sales) 
Credits Required 

“Credits Achieved ‘ 

kwh) 

2008 

0.00 
327.86 

0.00 
5.13 

16.49 
23.70 
42.36 
40.48 

1.88 
0.97 
1.26 

52.97 
470.75 

0.00 
0.00 
0.00 

371 2.1 2 

0.00 
12.68 

2009 

0.00 
333.18 

0.00 
5.14 

16.79 
23.80 
36.17 
34.51 

1.66 
1.03 
2.35 

72.43 
490.88 

0.00 
0.00 
0.00 

3555.63 

0.00 
13.81 

201 0 

0.00 
359.99 

0.00 
4.35 

16.74 
23.79 
40.05 
38.25 

1.81 
1.13 
3.52 

91.53 
541 .I 1 

0.00 
0.00 
0.00 

3729.86 

0.00 
14.51 

201 1 

0.00 
335.37 

0.00 
4.48 

16.74 
23.79 
41.71 
39.97 

1.74 
1.22 
5.33 

11 0.61 
539.27 

0.00 
0.00 
0.00 

3675.91 

0.00 
14.67 

201 2 

0.00 
295.76 

0.00 
4.62 

18.67 
23.79 
49.42 
41.85 
7.57 
1.59 
7.05 

177.85 
578.75 

0.00 
0.00 
0.00 

3725.23 

0.00 
15.54 

201 3 

0.00 
297.1 9 

0.00 
4.73 

20.49 
23.79 
57.69 
44.40 
13.29 
2.30 
8.46 

187.25 
601.91 

0.00 
0.00 
0.00 

3770.26 

0.00 
15.96 

201 4 

0.00 
301.63 

0.00 
10.96 
20.69 
23.79 
64.29 
44.59 
19.69 
2.48 
9.92 

187.72 
621.48 

0.00 
0.00 
0.00 

3783.1 1 

0.00 
16.43 

201 5 

201 5 

0.00 
437.21 

0.00 
13.62 
20.69 
23.79 

101.21 
53.97 
47.24 
2.49 

11.74 
188.54 
799.30 

0.00 
199.12 
199.12 

3796.99 

16.90 
21.05 

201 6 

201 6 

6.69 
413.19 

0.00 
15.04 
20.69 
23.79 

135.54 
55.05 
80.48 
2.49 

13.71 
189.04 
820.20 

0.00 
166.94 
366.06 

381 4.1 0 

18.10 
21.50 

201 7 

201 7 

13.39 
420.46 

10.24 
15.04 
20.69 
23.79 

199.36 
57.49 

141.87 
2.50 

13.80 
191.45 
91 0.72 

0.00 
198.30 
564.36 

3842.96 

19.30 
23.70 

201 8 

201 8 

13.39 
440.80 
20.48 
15.04 
20.69 
23.79 

221.35 
60.35 

161 .OO 
2.51 

13.90 
191.46 
963.40 

0.00 
205.04 
769.40 

3875.31 

20.60 
24.86 

201 9 

201 9 

13.39 
459.39 

30.71 
15.04 
20.69 
23.79 

235.40 
64.66 

170.74 
2.51 

14.01 
191.46 

1006.41 
0.00 

195.04 
964.44 

3909.28 

21.80 
25.74 

2020 

2020 

13.39 
473.09 
44.95 
13.72 
22.1 8 
23.79 

249.95 
71.45 

178.50 
2.52 

14.15 
191.46 

1049.20 
0.00 

182.99 
1 147.44 

3941.22 

23.00 
26.62 

2021 

2021 

13.35 
481.82 

46.0e 
15.04 
22.1 € 
23.75 

264.05 
78.3: 

185.76 
2.5: 

14.3C 
191.46 

1074.6E 
0.0c 

11 9.8C 
1267.2L 

3968.01 

25.2C 
27.0e 

128561 Credits Achieved With Bank 12.68 13.81 14.51 14.67 15.54 15.96 16.43 15.81 17.13 18.54 19.57 20.76 21.98 24.06 
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Q 
2022 

2022 

13.39 
501.84 
46.41 
15.29 
22.18 
23.79 

274.92 
87.58 

187.34 
2.54 

14.46 
191.46 

1 106.28 
0.00 

50.75 
131 7.99 

3 9 9 6.7 1 

27.40 
27.68 

R S 7 U v W X Y Z AA I AB I AC I AD I 
2023 

2023 

16.90 
51 7.64 

58.31 
26.30 
23.89 
23.79 

283.1 6 
96.71 

186.45 
2.55 

14.63 
203.53 

1 170.70 
0.00 

23.06 
1341.05 

4022.69 

29.60 
29.1 0 2855 

2856 

2024 

2024 

16.90 
529.06 
75.41 
26.41 
25.86 
23.79 

293.28 
106.27 
187.00 

2.55 
14.84 

21 7.1 9 
1225.29 

0.00 
-14.94 

1326.1 1 

4050.51 

31.80 
30.25 

26.41 28.53 30.62 32.59 34.63 36.67 38.72 40.45 42.1 6 44.22 45.78 48.19 50.70 55.09 5.5% 

2025 

2025 

16.90 
537.75 
95.81 
26.41 
28.1 2 
23.79 

303.43 
11 5.84 
187.60 

2.56 
15.06 

232.91 
1282.74 

0.00 
-44.86 

1281.25 

4073.34 

34.00 
31.49 

2026 

2026 

16.90 
547.27 
I1 8.62 
26.41 
30.44 
23.79 

308.86 
123.14 
185.73 

2.57 
15.30 

250.34 
1340.50 

0.00 
-77.34 

1203.91 

4094.47 

36.20 
32.74 

2027 

2027 

19.80 
559.45 
144.71 
26.41 
33.09 
23.79 

31 5.84 
130.44 
185.40 

2.58 
15.58 

268.09 
1409.33 

0.00 
-99.43 

1 104.49 

41 14.80 

38.40 
34.25 

2028 

2028 

24.88 
571.85 
174.75 
26.41 
36.1 5 
23.79 

31 6.08 
134.36 
181.72 

2.59 
15.89 

291.06 
1483.45 

0.00 
-1 17.50 
986.99 

41 34.53 

40.60 
35.88 

2029 

2029 

31.29 
574.1 6 
209.29 
26.46 
39.67 
23.79 

31 2.00 
134.85 
177.1 5 

2.59 
16.23 

31 6.03 
1551.53 

0.00 
-1 25.73 
861.26 

41 46.58 

42.80 
37.42 

2030 

2030 

39.61 
598.48 
248.90 
26.46 
42.58 
23.79 

303.20 
134.77 
168.43 

2.60 
16.59 

340.26 
1642.48 

0.00 
-1 13.30 
747.96 

41 64.96 

45.00 
39.44 

2031 

2031 

52.08 
640.62 
294.48 
26.46 
44.89 
23.79 

292.49 
135.74 
156.75 

2.61 
16.89 

347.1 5 
1741.47 

0.00 
-1 08.32 
639.64 

41 83.40 

47.20 
41.63 

2032 

2032 

74.43 
677.73 
346.91 
26.46 
46.24 
23.79 

278.37 
136.52 
141.85 

2.62 
17.1 8 

347.20 
1840.95 

0.00 
-82.46 
557.1 7 

4201.43 

49.40 
43.82 

2033 

2033 

104.82 
726.75 
406.99 
26.1 4 
47.06 
23.79 

281.67 
137.39 
144.29 

2.64 
17.49 

347.24 
1984.58 

0.00 
-43.90 
51 3.28 

4208.50 

51.60 
47.1 5 

2034 

2034 

150.36 
763.39 
427.1 8 
26.14 
48.1 8 
23.79 

295.29 
138.42 
156.87 

2.65 
17.82 

347.28 
21 02.08 

0.00 
-35.67 
477.61 

421 5.72 

53.69 
49.86 

2035 

2035 

21 5.92 
835.41 
488.56 
23.1 0 
49.1 3 
23.79 

295.08 
139.22 
155.86 

2.66 
20.78 

351 .OO 
2305.44 

0.00 
-1 9.66 
457.95 

4220.36 

55.90 
54.63 

2009. 
203E 

- *  

3.6% 

6.0% 
4.2% 
0.0% 
8.4% 
5.5% 

19.1% 
3.7% 
8.7% 
6.3% 
6.1% 

- -  
- -  
- *  

0.7% 

_ _  
5.4% 
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cesbingbk.dlOO611 a 
(percent of baseline sales) 

Credits Required 
Credits Achieved 
Credits Achieved With Bank 

RPSlCES Credit Prices 
(2009 mills Der kilowatthour) 

2879 
2880 
2881 

RPS/CES Payments (billion 2009 dollars) 

Credits 
Penalty 
Total 

Cumulative 
Credits 
Penalty 
Total 

kwh = Kilowatthours. 
- - = Not applicable. 
Source: US. Energy Information Administration, AE02011 National Energy Modeling System run cesbingbk.dl 0061 1 a. 

2008 2009 201 0 201 1 201 2 201 3 201 4 201 5 

0.00 0.00 0.00 0.00 0.00 0.00 0.00 16.90 
12.68 13.81 14.51 14.67 15.54 15.96 16.43 21.05 
12.68 13.81 14.51 14.67 15.54 15.96 16.43 15.81 

0.00 0.00 0.00 0.00 0.00 0.00 0.00 37.92 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 

0.00 0.00 0.00 0.00 0.00 0.00 0.00 30.31 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 30.31 

0.00 0.00 0.00 0.00 0.00 0.00 0.00 30.31 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 30.31 

201 6 

18.10 
21.50 
17.13 

39.71 
0.00 

32.57 
0.00 
32.57 

62.88 
0.00 
62.88 

201 7 

19.30 
23.70 
18.54 

41.74 
0.00 

38.02 
0.00 
38.02 

100.90 
0.00 

100.90 

201 8 

20.60 
24.86 
19.57 

43.45 
0.00 

41.86 
0.00 
41.86 

142.75 
0.00 

142.75 

201 9 

21.80 
25.74 
20.75 

45.79 
0.00 

46.08 
0.00 
46.08 

188.83 
0.00 

188.83 

2020 

23.00 
26.62 
21.98 

48.1 1 
0.00 

50.48 
0.00 
50.48 

239.31 
0.00 

239.31 

2021 

25.2C 
27.OE 
24.OE 

50.45 
0.oc 

54.25 
0.oc 
54.24 

293.5: 
0.oc 

293.5: 
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Q R S 7 U v W X 
2022 

27.40 
27.68 
26.41 

53.41 
0.00 

59.08 
0.00 
59.08 

352.61 
0.00 

352.61 

Y Z I AA I AB I AC I AD I AE 
2023 

29.60 
29.1 0 
28.53 

54.38 
0.00 

63.66 
0.00 
63.66 

41 6.27 
0.00 

41 6.27 

2024 

31.80 
30.25 
30.62 

57.82 
0.00 

70.85 
0.00 
70.85 

487.1 3 
0.00 

487.1 3 

2025 

34.00 
31.49 
32.59 

60.52 
0.00 

77.63 
0.00 
77.63 

564.76 
0.00 

564.76 

2026 

36.20 
32.74 
34.63 

62.82 
0.00 

84.21 
0.00 
84.21 

648.97 
0.00 

648.97 

2027 

38.40 
34.25 
36.67 

66.07 
0.00 

93.1 1 
0.00 
93.1 1 

742.08 
0.00 

742.08 

2028 

40.60 
35.88 
38.72 

69.35 
0.00 

102.87 
0.00 

102.87 

844.95 
0.00 

844.95 

2029 2030 2031 2032 2033 2034 2035 

37.42 
40.45 

71.59 
0.00 

11 I .OB 
0.00 

42.80 45.00 47.20 49.40 51.60 53.70 55.90 
39.44 41.63 43.82 47.1 6 49.86 54.63 
42.1 6 44.22 45.78 48.20 50.71 55.09 

75.68 82.43 89.07 101.54 107.50 115.82 
0.00 0.00 0.00 0.00 0.00 0.00 

24.30 143.55 163.97 201.51 225.98 267.01 
0.00 0.00 0.00 0.00 0.00 0.00 

11 1.08 124.30 143.55 163.97 201.51 225.98 267.01 

956.03 1080.33 1223.88 1387.85 1589.37 I81 5.34 2082.35 
0.00 0.00 0.00 0.00 0.00 0.00 0.00 

956.03 1080.33 1223.88 1387.85 1589.37 181 5.34 2082.35 
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KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 37 
Page 1 of 1 

Kentucky Power Company 

REQUEST 

Direct Testimony of Scott Weaver, page 16. Please provide the STMTEGIST input and output 
files, in machine readable format, for each alternative option the Company evaluated. 

RESPONSE 

The Company is unable to provide the requested input and output files. Strategist is a 
proprietary utility planning application that is licensed solely by Ventyx Inc., which owns 
Strategist in its entirety. Kentucky Power contacted Ventyx Inc. and it confirmed that the 
application sohare, source code, database, and associated documentation, including input files, 
are its confidential and proprietary intellectual property. Access to the documentation may be 
granted solely by Ventyx Inc., at its own discretion, under a mutually binding Non-Disclosure 
Agreement. Access to the database and/or the application itself is granted only under exclusive 
license with Ventyx Inc. Ventyx does not allow access to the Strategist source code under any 
circumstances. Kentucky Power will assist the Sierra Club in contacting Ventyx, Inc. to obtain 
the required Non-Disclosure Agreement. 

WITNESS: Scott C Weaver 

SC EXHIBIT 28 



KPSC Case No. 2011-00401 
Sierra Club Initial Set of Data Requests 

Dated January 13,2012 
Item No. 69 
Page 1 of 1 

Kentucky Power Company 

REQUEST 

Direct Testimony of Scott Weaver, Exhibits 1-4 

a. Please provide all assumptions and workbooks, in electronic format with all calculations 
operational and formulae intact, used to prepare Exhibits SCW-1 through SCW-4, 
including output files from the Aurora model. 

RESPONSE 

Please see the response to KIUC Item No. 28, First Set. 

WITNESS: Scott C Weaver 

SCEXHIBIT 29 



KPSC Case No. 2011-0Q)401 
W@ First Set of Data Requests 

Dated January 13,2012 
]Item No. 28 
Fsege 1 o f1  

Please provide a copy of all analyses, emails, and all other documents that support, source, 
andlor otherwise address tlie assumptions used in the analyses presented by Mr. Weaver in his 
Direct Testimony. This includes, but is not limited to, any alternative assumptions that were 
considered but not used in the analyses. 

Please see KPSC 1-48 and the attachments to this response. Confidential protection is being 
sought for attachments 2 and 3. 

I 

-WITNESS: Scott C Weaver 

SC EXHIBIT .38 



I@§C Case NO. 2011-00401 
Ccpmmlssioxi Staff% Pinat §et of Data Requests 

Order Dated Jawuaa-y 13,2012 
Item NO* 48 
Page 1 of P 

Refer to pages 11-12 of the Weaver Testiinoiiy, Tablel. Provide the StTategist model 
runs for each option and a detailed discussion of the iiiaiii assuiiiptions mid economic 
drivers for each option run. 

Spreadsheet files tliat extract results fi-om tlie Strategist iiiodel output files can be fo~uid 
on page 2 of this response. These five (5) spreadsheets offer the individual model run 
results tliat are reflective of oiie of tlie primary ecoiioinic driver in the zuialysis--long-teiin 
coimiiodity prices including nahu-a1 gas, coal, energy (on and off-peak), and emissions 
value, including COYcwboii. Each spreadsheet reflects a discrete "pricing scenario" tliat 
was detailed--in totality--on Exhibit SCW-4, and for each of those iiidividual pricing 
scenaios on Exhibit SCW-4AY 4B, 4C, 4D and 4E, Attaclmieiits 1 tlxougli 5, 
respectively. Witlia each spreadsheet, those unique prices were applied to each of tlie 
five (5) Big Saidy "disposition optioiis" evaluated. 

A discussion of this coiimiodity pricing can be fotiiid on Table 3, pages 28 & 29 of Mi. 
Weaver's testimony, as well as a narrative descriptioii of tliese pricing assumptions and 
iinpacts, starting on page 27, line 1 , tlxougli page 30, line 14. 

Anotlier critical/main assumption in these modeling suns was the assuiiiptioii around the 
installed costs of the various Big Sandy disposition alteiiiatives. Those costs are 
identified on Table 2, foound 011 page 24 of MI-. Weaver's testimony. Fiirther, begiiuiiiig 011 
page 20, line 4, tlxougli page 24, h ie  3, that testiiiioiiy also offers ai overview of tlie 
critical drivers impacting each of those 4 unique Big Sandy disposition options evaluated. 

Lastly, Exlibit SCW-I, pages 10-14, offers a narrative of tlie "key risk factors" that were 
set forth as part of the stocliastic (Monte Carlo) modeling exercise also perfoiiiied to 
suppoi-t the discrete Strategist results. 

WITNESS: Scott C Weaves 

SC EXHIBIT -?/ 



HeGC Case No. 25BB-0Q409 
Sierra 63Bknb Suppleimentsl Data Requests 

Dated February 8,2012 
Item No. 4 
Page P o f 1  

Please clearly clefiiie and reconcile the major groups of capital costs used in the Strategist 
nioclel with those desciibed in witiiess testiiiioiiy, e.g. costs of DFGD, costs of'boiler 
iiiodihcatioii, costs of life extensions, etc. 

RESPONSE 

The capital costs in Table 2 in Mr. Weaver's testiiiiony were used as the basis for the 
capital costs of the four alternative options defined in the PROVIEW moclule of 
Strategist. 

WITNESS: ' Scott C Weaver 

SC EXHIBIT 32 



MRSC Cme No. 2011-00401. 
§iea.m Club Supplemental Data Requests 

Dated February 8,2012 
Itern No. 34 
Page 1 of 1 

Refer to the Company’s response to Sierra Cl~tb initial data request 1-68, and the Direct 
Testimony of Scott Weaver page 47 line 15 tlxough page 48 h i e  2 and SCW-5. 

a. PIease provide all iiip~its to the Ai~rora model, in macliine reaclable format. 

b. Please provide the distribution assumed for each of the six key risk factors considered 
by the R~ir01-a model, in macliine reaclable format. 

c. Please provide the rationale s~qiporting each of the distributions assuiiiecl for each of 
the six key risk. factors. 

RESPONSE 

a. Please see attached files 011 accoiii1ianying CD. 

b. Please see attaclied fifes on accompaiying CD. 

c. A normal distribution was assuiiied for all of the risk factors; commodity prices of all 
types are .typically noriiially distributed. 

WITNESS: Scott C Weavever 

SC EXHIBIT 3 3  



H@SC Case NO. 2011-00401 
Sierra Club Suppleinentall Data Requests 

Dated February 8,2012 
Item No. 35 
Page 1 of 1 

REQUEST 

Refer to tlie Coiiipmiy’s respoiise to Sierra Club initial data request 1-69 aiid Exhibit 
SCW-5 regarding tlie use of A~irora to test tlie sensitivity of the Coiiipaiiy’s four options. 

a. Please provide all inputs to tlie Aurora model in operational, electronic format. 

b. PIease provide all outputs Ifi.oin tlie Aurora model, by year, in operational, 
electronic forinat. 

c. Please provide all inputs used to prepare _ .  Exhibit SCW-5, by year, in operational, 
electronic format. 

d. Please provide all workpa~iers used to prepwe Exhibit SCW-5 in operational, 
electronic format. 

RESPONSE 

a. See respoiise to Sieim Club’s 2-34a. 

b. See accoiiipmying CD for Excel files for part b. of this response. 

c. & d. See accoiiipaiiying CD for Excel files for parts c. & (1. oftliis response. 

WITNESS: Scott C Weaver 

SC EXHIBIT 3t/ 



PCPSC Case NO. 201d-OQ401 
Sierra Club Supplemental Data Requests 

Item No. 39 
Page 1 o f 1  

Dated February 8,2012 

Refer to the Coiiipany’s responses to Staffiiiitial clata requests I-GS aid 1-71 Sierra Club initial 
data request 1-47, and Attorney General initial clata request 1-13 regarding the use of A L U O ~ ~  to 
clevelop projectioiis of ~vliolesale power prices. 

a. Please provide all iiiputs to the Aurora iiioclel o r  that simulation in operational, electronic 
fo m a t  . 

b. Please provicle all outputs from tlie A L I ~ O ~ E I  iiioclel for that siiiidation, by year, in 
operational, electronic foriii. 

RESPONSE 

a&b. See altached files on accompaiiying CD. 

WTI’MESS: Scott C Weaver 

SC EXHIBIT 3s 
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1. 

Q. 

A. 

Q* 

A. 

2. 

Q. 

A. 

Q. 

A. 

INTRODUCTION 

Please state your name and occupation. 

My name is J. Richard Hornby. I am a Senior Consultant at Synapse Energy Economics, 

485 Massachusetts Avenue, Cambridge, MA 021 39. 

Please describe Synapse Energy Economics. 

Synapse Energy Economics (“Synapse”) is a research and consulting firm specializing in energy 

and environmental issues. Its primary focus is on electricity resource planning and regulation 
including computer modeling, service reliability, resource portfolios, financial and economic 
risks, transmission planning, renewable energy portfolio standards, energy efficiency, and 
ratemaking. Synapse works for a wide range of clients including attorneys general, offices of 
consumer advocates, public utility commissions, environmental groups, U.S. Environmental 
Protection Agency, Department of Energy, Department of Justice, Federal Trade Commission and 
National Association of Regulatory Utility Commissioners. Synapse has over twenty 
professional staff with extensive experience in the electricity industry. 

BACKGROUND 

Please summarize your educational background. 

I have a Bachelor of Industrial Engineering from the Technical University of Nova 

Scotia, now the School of Engineering at Dalhousie University, and a Master of Science 

in Energy Technology and Policy from the Massachusetts Institute of Technology (MIT). 

Please summarize your work experience. 

I have over thirty years of experience in in the energy industry, primarily in utility regulation and 
energy policy. Since 1986, as a regulatory consultant I have provided expert testimony and 
litigation support on natural gas and electric utility resource planning, cost allocation and rate 
design issues in over 120 proceedings in the United States and Canada. During that period my 
clients have included utility regulators, consumer advocates, environmental groups, energy 
marketers, gas producers, and utilities. Prior to 1986 I served as Assistant Deputy Minister of 
Energy for Nova Scotia where I helped prepare the province’s first comprehensive energy plan 
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10 

11 Q. 

12 A. 

13 Q. 
14 

15 A. 

16 3. 

17 Q. 

18 A. 

19 

20 

21 

22 

23 

24 

25 

26 

27 

and served on a federal-provincial board responsible for regulating exploration and development 
of offshore oil and gas reserves. I have also spent several years as a project engineer in the 

industrial sector. 

I was the lead author of Potential Impacts of a Renewable and Energy Eficiency 

Por$olio Standard in Kentucky (January 2012) and of projections of long-term avoided 

energy supply costs in New England prepared 2007,2009 and 201 1. I was co-author of 

Por$olio Management: How to Procure Electricity Resources to Provide Reliable, Low- 

Cost, and Eficient Electricity Services to All Retail Customers, a 2006 report prepared 

for the National Association of Regulatory Utility Commissioners (NARUC). 

My resume is attached to this testimony as Exhibit-(JRH-1). 

On whose behalf are you testifying in this case? 

I am testifying on behalf of Sierra Club. 

Have you testified previously before the Kentucky Public Service Commission 
(Commission)? 

No, I have not. 

PURPOSE OF TESTIMONY 

What is the purpose of your testimony? 

The Sierra Club retained the Synapse team of Dr. Jeremy Fisher, Ms. Rachel Williams 

and me to assist in their review of the Kentucky Power Company’s (KPCo or Company) 

application for a Certificate of Public Convenience and Necessity (CPCN) to retrofit Big 

Sandy Unit 2. 

The purpose of my testimony is to provide an overview of our analysis of whether the 

Company’s proposed CPCN for Big Sandy Unit 2 and associated Environmental Cost 

Recovery (ECR) surcharge are reasonable and cost-effective for complying with the 

environmental requirements the Company is facing. My testimony discusses the resource 

options KPCo evaluated, the range of future scenarios it used to evaluate those resource 

options, its projection of revenue requirements for each resource option under those 

Direct Testimony of J. Richard Hornby Page 2 



1 

2 

future scenarios and its conclusions regarding the merits of its proposed CPCN based 

upon its projections and analyses. 

3 

4 

5 

6 

7 

8 

Synapse witness Wilson describes her review of the Company’s modeling of resource 

options using Strategist as well as her use of Strategist to model those resource options 

under an additional future scenario reflecting a different projection of carbon prices. 

Synapse witness Dr. Fisher describes his review of the Company’s assumptions regarding 

the costs of certain resource options, certain future scenarios the Company tested in its 

Strategist modeling and the Company’s modeling of those resource options using Aurora. 

9 Q. What data sources did you rely upon to prepare your review of the Company’s 

10 request? 

11 A. 

12 

13 

14 

15 

16 

17 regulations. 

My review relies primarily upon the direct testimonies and Exhibits of KPCo witnesses 

Wohnhas, Weaver and Munsey and their responses to various data requests. The specific 

responses I cite in this testimony are attached as Exhibit-(JRH-10). In addition I 

reviewed KRS 278.183, referred to as the Environmental Surcharge Statute, as well as 

materials regarding Kentucky’s energy and environmental policies and regarding 

strategies that companies with coal units are using to comply with environmental 

18 4. SUMMARY CONCLUSIONS AND RECOMMENDATIONS 

19 Q. 

20 

21 investment. 

Please summarize WCo’s request for a CPCN to install environmental control 

equipment on Big Sandy Unit 2 and for a rate increase to recover the costs of that 

22 A. 

23 

24 

25 

26 

27 

28 than 30 percent. 

KPCo has requested approval for a CPCN to install environmental control equipment, 

primarily a Dry Hue Gas Desulfurization System (“DFGD’), on Big Sandy Unit 2 (“the 

Plant”). Concurrently it has requested an increase in its ECR surcharge in order to 

recover the cost of installing that equipment. The Company estimates the environmental 

control equipment, at a capital cost of $940 million, will have an annual revenue 

requirement of approximately $178 million and cause its retail rates to increase by more 

Direct Testimony of J. Richard Hornby Page 3 



1 
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3 

4 

5 

6 Q* 
7 

8 A. 

9 

10 

11 

12 

13 

- 

14 

15 

16 

17 

18 

19 

20 Q. 

21 

22 A. 

23 

24 

25 

26 

27 

28 

29 

KPCo maintains that installing a DFGD on that Unit is in the long-term best interest of its 

customers. The Company’s conclusion is based upon the results of Mr. Weaver’s 

economic evaluation which indicates that, relative to the three other resource options it 

examined, retrofitting Big Sandy Unit 2 is the best option for complying with the 

environmental regulations the Company is facing. 

Please summarize your major conclusions and recommendation regarding the 

Company’s request. 

My first conclusion is that the Company has not demonstrated that its proposed CPCN for 

Big Sandy Unit 2 is reasonable and cost-effective for complying with the environmental 

requirements the Company is facing. That conclusion is based upon the results of our 

review which indicates that the Company has not evaluated the full range of resource 

options available to it, that its projections of revenue requirements for the resource 

options it did evaluate are not correct, that its evaluation of future scenarios does not 

include a reasonable projection of carbon prices and that its Monte Carlo risk analysis is 

flawed. My second, related, conclusion is that allowing KPCo to recover the costs of 

installing environmental control equipment on Big Sandy Unit 2 from ratepayers will not 

result in reasonable rates. 

Based upon those two conclusions I recommend that the Commission not approve the 

Company’s request for a CPCN for Big Sandy Unit 2. 

Please summarize your conclusions and recommendations regarding ratemaking 

should the Commission decide to approve the CPCN. 

In the event that the Commission decides to approve the Company’s request for a CPCN, 

I am sure it will limit the Company’s recovery of actual costs to only the amounts it finds 

just and reasonable. My understanding of the ratemaking process under the 

Environmental Surcharge Statute is that the Commission will review the Company’s 

actual costs every six months, and disallow actual amounts it finds that are not just and 

reasonable, and that it will shift recovery of amounts it does find reasonable from the 

surcharge into base rates every two years. However, my conclusion is that even with 

those measures, ratepayers will still bear the bulk of the financial risk resulting from 
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8 

9 

10 

11 

12 

13 

14 5. 

15 Q. 

16 A. 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

KPCO’S decision to propose and pursue the CPCN since they will be paying the vast 

majority of, if not all, the revenue requirements resulting from KYCo’s choice of that 

resource option. 

Based on that conclusion, if the Commission decides to approve the CPCN, I recommend 

that the Commission require the Company to: 

e recover its investment in environmental controls at Big Sandy Unit 2 based upon 

a depreciation rate consistent with generally accepted accounting principles, 

which would be a period of at least twenty years; 

modify its System Sales Clause to be consistent with the amount of off-system 

sales margin it assumed would flow to ratepayers under its modeling of the CPCN 

option; and 

bear the risk of carbon regulation costs in excess of the values the Company has 

assumed in its early carbon future scenario. 

e 

e 

APPROACH TO REVIEW OF KPCO REQUEST 

Please summarize KPCo’s current mix of capacity and energy by resource. 

KPCo has modeled its future operations as if it will be operating as a stand-alone 

company rather than a member of the current AEP pool. As a stand-alone company 

KPCo is currently entirely dependent on coal units for capacity and annual generation, 

i.e., energy, to serve its retail load. It owns two coal fired units, Big Sandy Unit 1 and 

Big Sandy Unit 2. It acquires capacity and energy from two other coal-fired units, 

Rockport 1 and Rockport 2, through a long-term purchase power agreement which its 

modeling assumes will be renewed to continue through 2040 

KPCO’S mix of capacity and energy in 201 1, as modeled by the Company in Strategist, is 

illustrated in the bar chart below from Exhibit..,-(JRH-2). In that year Big Sandy Unit 2 

accounted for approximately 55% of the Company’s total capacity and generation. In 

contrast, Big Sandy Unit 1 accounted for approximately 20% of the Company’s capacity 

but provided only 12% of its annual energy. That Exhibit also indicates that the Company 

used approximately 10% of its total generation to make off-system sales. Under the 
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2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

KPCo System Sales Clause, Tariff S.S.C., the Company retains forty percent of the 

margin revenue from off-system and credits retail customers with the remaining sixty 

percent. 

KPCO Capacity, Generation, Retail Requirements and Off-System Sales in 
2011 (average MW) 

I -  
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I t--- 
Capacity 

Z Average GeneradonIHour 

i i  Retail Requirements 

I I  Off-System 5ales 

Q. Please summarize KPCo’s current resource mix and the known and emerging 

environmental regulations it is facing. 

A. The Company is currently facing the following known and emerging environmental 

regulations: the Cross-State Air Pollution Rule (CSAPR), the Mercury and Air Toxics 

Standard, the Coal Combustion residuals rule, the Clean Water Act “316(b)” rule and 

expected Effluent Limitation Guidelines as well as the New Source Review consent 

decree. The Company expects that Big Sandy Unit1 and Big Sandy Unit 2 will need to 

comply with at least some of these environmental requirements by 2016. 

Q. Please summarize the economic evaluation KPCo conducted to evaluate its resource 

options for complying with those environmental requirements. 
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1 A. 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 Q. 

20 

21 

22 

23 A. 

24 

25 

26 

27 

28 

According to Mr. Weaver’s direct testimony, KPCo evaluated its resource options for 

complying with these environmental requirements in four major steps. 

0 First, it identified four resource options for complying with these environmental 

requirements. 

Second, it identified a Base Case and four additional discrete scenarios to evaluate the 

future conditions under which those resource options might operate. 

Third, the Company developed projections of the revenue requirements associated 

with each resource options over a 30-year period, 201 1 to 2040, under each of the 

five discrete future scenarios. The Company developed those projections using the 

Strategist model, a computer simulation model, and a separate workbook to calculate 

the carrying charges of each resource option. 

Fourth, the Company used Aurora, another computer simulation model, to prepare a 

risk analysis of the four resource options. 

0 

0 

Based upon his review of the revenue requirements of each resource option under each of 

the five scenarios, summarized in his Exhibit-(SCW-4), his review of the results from 

the Aurora model and other points in his direct testimony, Mr. Weaver concluded that 

retrofitting Big Sandy 2 with DFGD technology is in the long-term best interest of 

KPCo’s customers. 

Please describe the approach the Synapse team used to determine if the Company’s 

proposed CPCN for Big Sandy Unit 2 and associated ECR surcharge were 

reasonable and cost-effective for complying with the environmental requirements 

the Company is facing. 

The Synapse team treated the Company’s application as a request for rate relief and 

reviewed that request in the same level of detail as a base rate filing. Specifically we 

reviewed the validity of the key input assumptions underlying the Company’s projection 

of revenue requirements for each resource option under each future scenario. Where 

applicable we also verified the mathematical accuracy of those revenue requirement 

projections. 
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We followed this rate-making proceeding approach based on the Commission’s Order in 

Case No. 201 1-00161 indicating that a proceeding under the Environmental Surcharge 

Statute is a rate-making alternative to a general rate case. Our approach is also based 

upon the Environmental Surcharge Statute requirement that the Commission must 

determine if the Company’s proposed plan and rate surcharge are reasonable and cost- 

effective for complying with the environmental requirements it is facing. 

Q. Please contrast the magnitude of rate relief the Company is requesting in this 

proceeding with the rate relief it requested in its most recent general rate 

proceeding. 

A. The increase in rates the Company is requesting in this proceeding is much larger than 

the increase it requested in its most recent general rate proceeding. In this proceeding the 

Company is requesting an increase in annual revenues of $178.8 million, or over 30 

percent. That amount is approximately fifty percent more than the increase of $123.6 

million it requested in its 2009 general rate proceeding, Case No. 2009-00459, and 

approximately three times greater than the $63.7 million increase it ultimately agreed to 

in the settlement of that Case. 

Q. Is it more difficult to assess the reasonableness of its request in this proceeding than 

its request in a general rate proceeding? 

A. Yes. In order to determine the reasonableness of the revenue requirements a utility 

requests in any type of rate proceeding parties generally follow two basic steps. They 

review the Company’s support for the input values it has used to calculate its revenue 

requirements and they review the mathematical accuracy of its calculation of revenue 

requirements based upon those input values. W i l e  I do not wish to minimize the time 

and effort that parties put into verifying the reasonableness of the revenue requirements 

in general rate proceedings, I consider it more difficult to execute those two steps in this 

type of rate proceeding. In a general rate case in Kentucky, parties review a projection 

of revenue requirements for a historical test year, thus many of the inputs are actual or 

close to actual costs, and the costs are limited to one year. In contrast, in this proceeding 

the parties must verify the Company’s support for assumptions for 30 years as well as the 

mathematical accuracy of its calculations using those assumptions. 
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Given the uncertainty associated with the values of key input assumptions over that 

planning horizon it is particularly important that all parties have a clear understanding of 

the basis for the Company’s key input assumptions regarding resource costs and of the 

range of future market and regulatory conditions it may face. It is particularly important 

to “stress test” those assumptions under a range of realistic possible future scenarios. 

ASSESSMENT OF WCO REQUEST FOR CPCN AND RATE INCREASE 

Has your team been able to confirm the validity of all key input assumptions and 

verify the Company’s calculations and projections based upon those inputs? 

No. Our review has found many aspects of the Company’s filing unclear, particularly in 

terms of documentation of key input assumptions and transparency of calculations based 

upon those assumptions. Ms. Wilson and Dr. Fisher discuss the lack of clarity and 

inconsistencies in various aspects of the Company filing. As a result we do not claim to 

have confirmed the validity of all key input assumptions underlying the Company’s 

projection of revenue requirements for each resource option under each future scenario, 

or to have verified the mathematical accuracy of all of its projections. 

Please list the major problems the Synapse team has found with the Company’s 

economic evaluation 

Our review has identified problems with four major aspects of the Company’s economic 

evaluation. The four major problem areas are: 

i. the limited range of pre-determined resource options the Company modeled in 

Strategist; 

certain of the Company’s assumptions regarding the costs of the four resource 

options it did evaluate were unreasonable or inconsistent, and when corrected 

change the projected revenue requirements of those Options; 

.. 
11. 

... 
111. the limited range of future scenarios the Company modeled using Strategist to 

evaluate the four resource options, in particular its failure to evaluate scenarios 

that are substantively different from each other or a scenario with a reasonable 

projection of carbon prices; and 

the risk analysis the Company prepared using Aurora. iv. 
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1. 

Q. 

A. 

Q. 
A. 

Limited Range of Pre-determined Resource Options 

Please summarize the four resource options the Company evaluated for complying 

with known and emerging environmental regulations at the Big Sandy plant. 

For Big Sandy Unit 1 the Company’s proposed environmental compliance strategy is to 

retire it as a coal-fired unit effective January 1,2015. For Big Sandy Unit 2, the Company 

decided to choose among four possible resource options in order to determine the best 

environmental compliance strategy. The four resource options it evaluated were: 
0 Option 1, Retrofit Big Sandy Unit 2 with DFGD by June 2016 in order to allow it 

to continue operating at approximately 800 Mw; 

Option 2, Retire Big Sandy Unit 2. Build a 762 Mw natural gas-fired combined 

cycle unit (CC) by January 2016 at the Big Sandy plant site; 

Option 3, Retire Big Sandy Unit 2. Repower Big Sandy Unit 1 as a 745 M W  

natural gas-fired combined cycle unit (CC) by January 2016; 

Option 4, Retire Big Sandy Unit 2 and replace essentially all of its capacity and 

energy with purchases from the relevant PJM wholesale markets for a period of 

either 5 years (Option 4A) or 10 years (Option 4B) and then build or acquire 

replacement CC capacity. 

0 

@ 

0 

Please comment on the Company’s choice of those four options. 

I have three concerns with the Company’s choice of those four options. First, it has not 

provided a formal analysis supporting its choice of those four options (Response to KIUC 

1-29). 

Second, the Company has in effect limited its evaluation to three resources, to be 

acquired in 2016 in “all or nothing” quantities under either full ownership or full 

procurement. Specifically KPCO has evaluated a single large coal unit ownership option, 

a single large natural gas CC ownership option (ie., Options 2 and Option 3 are 

essentially the same) and an all market purchase option. The bar chart below, from 

Exhibit-(JRH-3), illustrates the extent to which the Company would be dependent on 

whichever of those single large resource options it implemented during the period 2017 

through 2024. Using 2022 as a representative year, the bar chart indicates that Big Sandy 
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Unit 2 (Option l), or its replacement, would account for approximately 49% of the 

Company’s total capacity and approximately 63% of its annual energy. 
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Third, the Company’s assessment of only four options is inconsistent with the wide range 

of FGD designs it evaluated (Exhibit SCW-3). 

Do those four options represent all of major resource options available to KPCo? 

No. The Company did not evaluate all of the major resource options available to it. 

First, the Company did not explore a portfolio approach consisting of one or more 

alternative mixes of various types and sizes of resources, including renewable sources, 

energy efficiency or demand response (Responses to Sierra Club 1-52, Sierra Club 1-62). 

Second, KPCo did not evaluate a variation on Option 4 under which it would acquire 

capacity and energy through a strategy consisting of purchases from the PJM wholesale 

markets, long-term power purchase agreements and other hedging strategies. (That 

Q. 
A. 
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approach would address the concerns the Mr. Weaver raises regarding the Company’s 

exposure to cost uncertainty and price volatility variation under Option 4). Another 

approach that KPCo evaluated in its March 201 1 analyses but not in this proceeding was 

a combination of a smaller gas CC, perhaps in the 600 M Y  range, plus market purchases 

(Response to Sierra Club 1-69). The Company maintains that Option 2 represents a 

proxy for the bids it would receive in response to a Request for Qualifications (RFQ) or a 

Request for Proposal (W) to buy existing gas-fired CC or CT units (Responses to Staff 

1-65 and 2-29). However, the Company did not evaluate a “resource blind” RFP for 

capacity and energy to identify the full range of fossil, renewable and efficiency 

resources available to replace Big Sandy Unit 2, including fractional ownership 

(Responses to Sierra Club 1-51 and 2-21). 

Did the Company have the ability to evaluate a much wider range of resource 

options? 

Yes. The Company could have used Strategist, its primary modeling tool, to evaluate a 

much broader range of supply-side and demand-side resource options. As Ms. Wilson 

explains, the Company had the ability to enter a broad range of available options into 

Strategist and to let the model choose the portfolio with the optimal, Le., least-cost, mix 

of capacity and energy from that inventory of resource options. 

Why is it so important for the Company to have evaluated a range of resource 

options? 

It is important for the Company to have evaluated a range of resource options given the 

magnitude of investment under consideration and the long-term risk associated with 

making such a large investment in one resource. As I noted earlier, there are significant 

uncertainties regarding how the future will unfold over the next ten years, let alone 

through 2040. There is tremendous value in maintaining some degree of flexibility to 

respond to changes in future regulatory and market conditions, and thus ensuring rates 

can remain reasonable as circumstances change. It is important to ensure that KPCo is not 

committing itself to a major investment in baseload capacity which it may not need to 

meet retail load in ten years or fifteen years due to major changes in the requirements of 

its retail customers, the relative costs of the resources available to it or future 

Q. 

A. 

Q. 

A. 
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environmental regulations. Thus, it is essential that the Company demonstrate that it has 

thoroughly evaluated the resource portfolios which might provide it that flexibility. 

Can you provide a simple illustration of one change in market conditions the 

Company may face? 

Yes. Legislation being introduced in the Kentucky General Assembly proposes to 

establish a Renewable and Energy Efficiency Portfolio Standard (REPS) for utilities in 

the states. Under that proposal, utilities would have to meet their retail load with 

increasing specific quantities of efficiency and renewables, reaching approximately 22% 

of their retail load by 2022. That change in energy requirements for retail load is 

illustrated in the bar chart in Exhibit-(JRH-4), using 2022 as the same representative 

year as in the bar chart from Exhibit-(JRH-3) shown earlier. 

Q. 

A. 

KPCO Capacity, Generation, Retail Requirements in 2022 Assuming 22% 
Retail Sales from Efficiency and Renewables and Incremental Off-System 
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This simple illustration indicates that if U C O  implemented either of Options 1, 2 or 3 

and its actual retail requirements from fossil generation in 2022 proved to be over twenty 

per cent less than it has modeled in this proceeding, it might not have the most cost- 
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effective mix of capacity and energy. For example, it might have too much baseload 

capacity and not enough peaking capacity. Admittedly this simple, one-year snapshot 

does not reflect the potential the Company might have to not renew its power purchase 

agreement for one of its Rockport units, or to defer its proposed addition of 407MW of 

capacity in 2025. However, it does illustrate the type of substantial change in conditions 

the Company may face over a planning horizon through 2022, let alone through 2040. 

Does the Company’s evaluation of the four resource options it considered include a 

thorough analysis of the flexibility it will have to respond to changes in market 

conditions under each of the resource options? 

No. First, the Company has not evaluated its four resource options under a future scenario 

with much lower retail requirements from fossil generation (Response to Sierra Club 1 - 
43 and 2-25). Second, Mr. Weaver refers to the importance of planning flexibility, 

adaptability to risk and other planning criteria on page 7 of his testimony. However he 

does not provide any metrics for those criteria nor any assessments beyond those 

presented in his Exhibits SCW 4 and SCW 5 (Responses to Sierra Club 1-33, 1-34, 1-57, 

2-22 and 2-31). Finally, as I discuss later in my testimony, JSPCo has not tested its four 

resource options against a sufficiently broad range of future scenarios. 

Please describe the Company’s projected mix of capacity and energy under the Base 

Case if Option 1 is approved. 

If Option 1 is approved, the Company will continue to be largely, if not entirely, 

dependent on coal units for its capacity and energy through 2040. KpCo’s projected mix 

of capacity and energy under the Base Case if Option 1 is approved is illustrated in the 

chart below from Exhibit-(JRH-5). That Exhibit also indicates that the Company 

projects it will continue to use generation from Big Sandy Unit 2 to make off-system 

sales in addition to supplying its retail customers. 
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ii. 

Q. 

Resource Option Cost Assumptions and Resulting Revenue Requirements 

Please summarize the Company's projection of revenue requirements for each 

resource option under each future scenario. 

The Company's projection of revenue requirements for each resource option is the sum 

of six major categories of projected costs. Those six categories of costs are: 

i. 

A. 

Fuel and other variable production costs of all KPCo units, which include its 

entitlement share of Rockport Units 1 and 2; 

Emission allowance costs of all KPCo units; 

Sales or purchases of market energy by or for KPCo; 

Sales or purchases of market capacity by or for KPCo; 

Fixed operation and maintenance (FOM) costs for all KPCo units; and 

Fixed carrying charges of major incremental KPCo capital investments in 

generation capacity. 

.. 
11. 

iii. 

iv. 

v. 

vi. 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

The largest two categories of costs are variable production costs, in particular fuel, and 

fixed carrying charges. 

Please summarize the models the Company used to calculate these revenue 

requirements. 

The Company used the Strategist model to project the first five categories of cost inputs 

to its revenue requirements, which I refer to as Net Production and FOM costs. It used 

only the economic dispatch and production costing functionality of the Strategist model 

to project theses costs. Strategist develops those projections based on the numerous 

inputs entered by the Company including projections of retail load, generating unit heat 

rates, fuel prices, emission prices, and capacity and energy prices in PJM wholesale 

markets. 

The Company used a separate, spreadsheet model to project the fixed carrying charges 

and costs of capacity purchases associated with each resource option. Finally KPCo used 

a Strategist Compilation Workbook to calculate the revenue requirements of each 

resource option, i.e., to essentially add the Net Production and FOM costs from Strategist 

to the fixed carrying charges and purchased capacity costs. 

Did your team review the Company’s estimate of net production and FOM costs 

using Strategist? 

Yes. Ms. Wilson began her review by obtaining the Company’s inputs to Strategist for 

each of its 25 runs and using Strategist to independently reproduce and verify the 

Company projections for each of those runs. Ms. Wilson’s testimony describes the 

problems she found with the Company’s projections of net production and FOM costs 

using Strategist. 

Please summarize the Company’s projected revenue requirements for each of the 

resource options and future scenarios it considered. 

The cumulative present worth (CPW) values of the Company’s projected revenue 

requirements for each resource option and future scenario, assuming a 15 year 

depreciation period for Option 1, are presented in Exhibit- (JRH-6). That Exhibit also 

presents the difference in CPW by resource option, measured relative to Option 1, for 

each future scenario, in absolute and percentage terms. 
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The CPW of total revenue requirements for each resource option under the Base Case are 

very close, as indicated in the bar chart below taken from Exhibit- (JRH-6). 
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The fact that the CPWs of the resource options are relatively close may not be surprising, 

given the thirty year timeframe and the inclusion of costs common to all four resource 

options, i.e., the Rockport units and the 407 MW CC scheduled to be added in 2025. 

However, it does require one to focus on the differences in CPW by resource option for 

each future scenario as well as on other policy considerations in order to determine which 

resource option is cost-effective and reasonable. The differences in the CPW of total 

revenue requirements for each resource option under the Base Case are more apparent in 

the bar chart below, also taken from Exhibit- (JRH-6). 
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Q. 

A. 

In the balance of my testimony, I use the Company's projections for Option 1, Option 2 

and Option 4A under its Base Case to illustrate the problems we have found with its 

projections. 

Please comment on the Company's treatment of margin from off-system sales in its 

projection of revenue requirements for each resource option. 

As discussed in more.detai1 by Dr. Fisher, the Company appears to have credited 100% 

of the margin from projected off-system sales against the projected gross revenue 

requirements of each resource option when calculating net revenue requirements to be 

recovered from retail customers. We support this treatment, but note that it is not 

consistent with the Company's current System Sales Clause, under which KPCo 

shareholders retain 40% of margin from off-system sales. 

If the Company's projection of revenue requirements reflected a continuation of the 

current System Sales Clause, and credited only 60% of the margin from off-system sales 

against gross revenue requirements, the difference in CPW between Option 1 and the 

other three Options is reduced substantially. Dr. Fisher quantifies that impact, which is 

illustrated in the bar chart from Exhibit -(JRH-7) revised. 
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iii. 

Q. 

Limited Range of Future Scenarios without Reasonable Projection of Carbon Prices 

Please summarize the five future scenarios the Company modeled in Strategist in 

order to evaluate the four resource options it considered. 

The Company evaluated its four resource options under a Base Case and four discrete 

sensitivity scenarios. The five future scenarios it modeled are: 

1. 

A. 

Base Reet Transition-CSAPR. This assumes natural gas prices at Henry Hub 

reach $6.52/MMBtu by 2020 and a carbon price starting at $15 per metric tonne 

in 2022, both in nominal dollars. The carbon price is based on assumption that 

carbon emissions from existing fossil generation will begin to be regulated in that 

year. 

meet Transition-CSAPR: Higher Band. This tests sensitivity to higher prices for 

natural gas and coal, relative to Base Case levels, with no other change to Base 

Case assumptions. 

2. 
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3. Fleet Transition-CSAPR: Lower Band. This tests sensitivity to lower prices for 

natural gas and coal, relative to Base Case levels with no other change to Base 

4. Fleet Transition-CSAPR: No Carbon. This tests sensitivity to zero prices for 

carbon, with no other change to Base Case assumptions. 

Fleet Transition-CSAPR Early Carbon. This tests sensitivity to prices for carbon 

starting at $15 per metric tonne in 2017, with no other change to Base Case 

5. 

8 
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10 

11 

12 

13 

14 

15 
16 

assumptions. 

Q. Has your team identified problems with any of the Company’s assumptions for 

those five future scenarios? 

Yes. Dr. Fisher’s review indicates that the Company’s assumption of carbon prices under 

its Base Case and each of its four other scenario are too low, including those in the Early 

Carbon scenario. In addition, his analysis indicates that the Company’s assumptions 

regarding the relationship between natural gas and coal prices in its higher band and 

lower band scenarios are inconsistent with its assumption regarding the correlation of 

those prices in its Aurora runs. Also, as noted earlier, the Company did not test a scenario 

A. 

17 

18 Q. 

19 

20 projection of carbon prices? 

21 A. Yes. Exhibit -(JRH-9 Supplemental) presents projections of revised revenue 

22 requirements using corrected assumptions for options 1, 2 and 3 under the carbon 

23 scenario recommended by Dr. Fisher. Those revised projections indicate that Option 1 

24 has the highest revenue requirement, and as such is not reasonable or cost-effective. 

with a much lower level of retail requirements from fossil generation. 

Have you prepared revised projections of revenue requirements using corrected 

assumptions for Options 1, 2 and 3 and a future scenario with a reasonable 
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iv. Risk Analysis Using Aurora 

Q. Please summarize why and how the Company used the Aurora model. 

A. As discussed, the Company used Strategist to quantify the risk associated with each 

resource option by testing the sensitivity of their projected revenue requirements under its 

Base Case to four discrete changes in assumptions about the future, i.e., higher fuel 

prices, lower fuel prices, higher carbon prices and zero carbon prices. The Company used 

the Aurora model in an attempt to further quantify the potential risks associated with each 

resource option by projecting their revenue requirements under 100 different future 

scenarios. The Aurora model created the 100 different futures based on the Company’s 

input assumptions regarding the relationships, or correlations, between five key input 

assumptions using a “Monte Carlo” modeling technique or algorithm. The 100 futures 

reflect different combinations of five key input assumptions, Le., coal prices, natural gas 

prices, carbon prices, wholesale power prices and retail demand. 
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In theory, does this type of modeling have the potential to provide useful 

information for resource planning decisions? 

Yes. For example, Portfolio Management: How to Procure Electricity Resources to 

Provide Reliable, Low-Cost, and EfSicient Electricity Services to All Retail Customers, a 

2006 report that Synapse prepared for the NARUC, notes the potential benefit of using 

computer models such as Aurora to analyze long-term risks of alternative portfolios of 

resources. 

Does the Company’s application of the Aurora model in this proceeding provide a 

useful assessment of the cost risk associated with each resource option? 

No. Dr. Fisher identifies numerous problems with the Company’s risk modeling using the 

Aurora model. Given the extent of the problems he has identified, the results from the 

Company’s risk modeling using the Aurora model do not provide a useful assessment of 

the cost risk associated with each resource option. 

Sharing of Financial Risk between Ratepayers and Shareholders 

Will ratepayers bear the majority of the financial risk under any resource strategy 

that the Company ultimately implements? 

Yes. Ratepayers bear the majority of the financial risk under any resource strategy the 

Company ultimately implements because their rates are based upon the revenue 

requirements that result from that strategy. 

Consider the allocation of financial risk under the following hypothetical. The 

Commission decides to approve Big Sandy Unit 2 with a 15 year depreciation and by 

2030 the scenario Mr. Wohnhas discusses in his testimony proves to be correct, Le., 

future increased EPA standards cause operation of Big Sandy Unit 2 not to be 

economically feasible. Under that hypothetical KPCo would retire Big Sandy Unit 2 in 

2030 and replace it with some other source of capacity and energy. Under this 

hypothetical the Company would have recovered its full investment in Big Sandy Unit 2, 

including a return on equity, by 2030 and will bear no financial risk. In contrast, 
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ratepayers will bear all the financial risk. They will have paid the revenue requirements 

associated with Big Sandy Unit 2 through 2030, which was approved on the assumption 

it was the most cost-effective option through 2040, plus they will have to pay the revenue 

requirements associated with the replacement capacity and energy from 2030 to 2040. 

Q. Please comment on the financial risks that the Company should bear if the 

Commission decides to approve KPCo’s request for a CPCN 

A. In the event that the Commission decides to approve the Company’s request for a CPCN, 

ratepayers will bear the vast majority of the financial risk resulting from KPCo’s decision 

to propose and pursue that option. Since the Company apparently believes this is the best 

approach, it is reasonable to expect them to bear a reasonable portion of the risk 

associated with this investment. The Company’s only rationale for fifteen 15 year 

depreciation appears to be to avoid exposure to absorbing any stranded investment in the 

Big Sandy Unit 2 DFGD (Responses to Sierra Club 2-16 and 2-18). According to 

generally accepted accounting principles, an investment such as this should be 

depreciated over its useful life (Response to Sierra Club 1-17). For the DFGD this is 

twenty to thirty years according to the Company’s witnesses and projections. 

The Company’s projection of revenue requirements for the CPCN option assumes a 

significant amount of off-system sales margins will flow to ratepayers. It is reasonable 

for the Commission to hold the Company to those projections. Thus, the Company 

should be required to modify its System Sales Clause to be consistent with the off-system 

sales margins it has assumed would flow to ratepayers under its modeling of the CPCN 

option. 

Finally, the Company asserts that it has tested its four resource options against a realistic 

range of carbon prices. Again, since the Company apparently believes it has evaluated the 

full range of these prices, it is reasonable to expect them to bear the risk of carbon 

regulation costs that prove to be higher than the values the Company has assumed in its 

projections. 

Direct Testimony of J. Richard Hornby Page 24 



1 7. 

2 Q* 
3 

4 A. 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 Q. 

17 

18 A. 

19 

20 

21 

22 

23 

24 

25 

26 

27 

CONCLUSIONS AND RECOMMENDATIONS 

Please summarize the major conclusions and recommendation from your review of 

the Company’s request. 

My first conclusion is that the Company has not demonstrated that its proposed CPCN for 

Big Sandy Unit 2 is reasonable and cost-effective for complying with the environmental 

requirements the Company is facing. That conclusion is based upon the results of our 

review, which indicates that the Company has not evaluated the full range of resource 

options available to it, that its projections of revenue requirements for the resource 

options it did evaluate are not correct, that its evaluation of future scenarios does not 

include a reasonable projection of carbon prices and that its Monte Carlo risk analysis is 

flawed. My second, related, conclusion is that allowing JSPCo to recover the costs of 

installing environmental control equipment on Big Sandy Unit 2 from ratepayers will not 

result in reasonable rates. 

Based upon those conclusions my recommendation is that the Commission not approve 

the Company’s request for a CPCN for Big Sandy Unit 2. 

Please summarize your conclusions and recommendation regarding ratemaking in 

the event the Commission decides to approve the Company’s request. 

In the event that the Commission decides to approve the Company’s request for a CPCN, 

I am sure it will limit the Company’s recovery of actual costs to only the amounts it finds 

just and reasonable. My understanding of the ratemaking process under the 

Environmental Surcharge Statute is that the Commission will review the Company’s 

actual costs every six months, and disallow actual amounts it finds that are not just and 

reasonable, and that it will shift recovery of amounts it does find reasonable from the 

surcharge into base rates every two years. However, my conclusion is that even with 

those measures, ratepayers will still bear the bulk of the financial risk resulting from 

KPCo’s decision to propose and pursue the CPCN. 

Based on that conclusion, I recommend that the Commission require the Company to: 
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e recover its investment in environmental controls at Big Sandy Unit 2 based upon 
. a depreciation rate consistent with generally accepted accounting principles, 

which would be a period of at least twenty years; 

modify its System Sales Clause to be consistent with the off-system sales margins 

the Company assumed would flow to ratepayers under its modeling of the CPCN 

option; and 

bear the risk of carbon regulation costs in excess of the values the Company has 

assumed in its early carbon future scenario. 

e 

e 

Does this complete your Direct Testimony? 

Yes. 
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